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. 
March 15,2007 

MS. Debra Howland 
Executive Director and Secretary 
New Hampshire Public Utilities Commission 
2 1 S. Fruit Street, Suite 10 
Concord, NH 03301 

, Re: Northern Utilities, Inc., Proposed Cost of Gas Filing 
for the Summer Period of May 2007 through October 2007 

Dear Ms. Howland: 

Enclosed please find an original and eight (8) copies of the direct testimony of 
Ronald D. Gibbons and Joseph A. Ferro pertaining to the Company's 2007 Summer 
Period Cost of Gas Filing. 

Please take note that an electronic version of the filed information in Excel was 
emailed to Staff. 

If you have any questions or need additional information, please do not hesitate to 
telephone me. Please return one copy of this letter bearing the Commission's receipt 

'. stamp in the return envelope, which has been provided for your convenience. 

Enclosures 

---. cc: Kenneth Traum, Office of Public Advocate 
Joseph A. Ferro 
Ronald D. Gibbons 



NORTHERN UTILITIES, INC. 
NEW HAMPSHIRE DMSION 

SUMMER PERIOD 2007 
COST OF GAS ADJUSTMENT FILING 

PREFILED TESTIMONY OF 
RONALD D. GIBBONS - . 

. 
Please state your name and business address. 

~ o n a l d  D. Gibbons, 200 Civic Center Drive, Columbus, Ohio 43215. 

1 1 Q. By whom are you employed? 

12 A. I am employed by NiSource corporate Services Company ('NCSC"), a management and 

13 services subsidiary of NiSource Inc. ('WiSo~ce") and affiliate of Northern Utilities, Inc. 

14  orthe them"). 

16 Q. What positions have you held during your employment with NiSource and its predecessors? 

17 A. Since my employment in January 1981 by the Columbia Gas System Service Corporation, 

18 the predecessor of NCSC, I have held positions of increasing responsibility in the 

19 accounting department (1981-1984), as an auditor (1984-1989), and in the regulatory 

20 accounting department (1 989-present). I was promoted to my present position, Manager of 

21 Regulatory Accounting, in May 2006. 

22 

23 Q. What are your present duties and responsibilities as Manager of Regulatory Accounting? 

24 A. Since the merger of Columbia Energy Group and NiSource in November 2000, I have been 

25 responsible for coordinating and preparing data and reports required to support the recovery 

-- 5 of gas costs as well as assisting in the preparation of rate case data and exhibits for Northern. 



In my current position as Manager, my responsibilities have increased to include all 

regulatory accounting activities for Northern, Bay State Gas Company ('Bay State") and 

Columbia Gas of Maryland. In the past, my work has included gas cost recovery activities 

and filings for Northern's affiliates Columbia Gas of Kentucky, Columbia Gas of Maryland, 
. 

Columbia Gas of Pennsylvania and Columbia Gas of Virginia. I also assist the Director of 

~ e d a t o r y  W c e s  on various types of regulatory activities. 

What is your educational background? 

I graduated fiom The Ohio State Uxiiversity in 1980 with a Bachelor of Science degree in 

Administrative Science. My major was accounting. I have also attended several ratemaking 

seminars sponsored by universities and trade associations. 

Have you previously testified before any regulatory bodies? 

Yes. I have testified before the Public Service Commission of Kentucky, the Public Service 

Commission of Maryland, the Maine Public Utilities Commission ('MPUC" or "the 

Commission") and the New Hampshire Public Utilities Commission ('WHPUC"). 

Please explain the purpose of your prepared direct testimony in this proceeding. 

The purpose of my testimony is to explain the calculation of the Cost of Gas ("COG") to be 

billed by Northern from May 1, 2007 to October 3 1,2007. 1 will explain the derivations of 

the rates used in the forecast by the Company's gas suppliers and upstream transporters. I 

will also explain the forecast of sales and resulting sendout requirements for the Summer 

2007 Period. In addition, I have incorporated the prior period over-collection filing in my 

testimony. 



COST OF GAS ADJUSTMENT 

Would you please explain tariff page Proposed Thnty-first Revised Page 38 and Th.lrty-first 

proposed Thirty-first Revised Page 38 and ThuZy-first Page 39 contain the calculation of the 

2007  her Cost of Gas rate and summarize ihe Company's forecast of gas SENDOUT@ 

and gas costs. The estimated total anticipated cost of gas from May 1,2007 to October 3 1, 

2007 is $10,356,062. 

The Gas Cost section presents the forecast commodity and capacity volumes and costs 

allocated to the New Hampshire Division. 

To derive the Total Anticipated Period Cost of Gas of $9,778,934, the following charges, 

including the indirect gas costs, have been added to the $10,3 56,062 Total Anticipated 

Direct Cost of Gas: 

1 .) Prior Period Over Collection- ($633,021). 

2.) Interest Expense- ($25,124). 

3 .) Total W o r b g  Capital Allowance- $15,449. 

4.) Total Bad Debt Allowance- $36,73 1. 

5 .) Miscellaneous Overhead- $28,83 7. 

The Total Anticipated Cost of Gas Adjustment of $0.8866 per them was determined using 

the forecasted firm sales volumes of 11,029,620 therms as well as the direct and indirect 

anticipated cost of gas as shown on tariff sheet, Page 39. 



How are you calculating the overall Demand and Commodity COG factors? 

Proposed Thrrty-first Revised Page 38 and Thrrty-first Revised Page 39 details the 

commodity and demand costs as well as. the calculation of the 2007 Summer Period Cost of 
' . 

Gas rate by rate category-residential, low winter and high winter. The costs were assigned 

to the Smnr~er Period for each of the Company's firm sales customer classes. The 
I ' 

assignment of costs between the Winter .and h m m e r  Periods and among the customer 

classes was developed using the Simplified Market Based Allocation Method ("SMBA"). 

Northern is proposing to implement the SMBA-method in place of the "seasonal average 

rate and ratio" method. The Summer Period Demand and Commodity costs as well as the 

indirect costs for each customer category were then divided by the forecasted sales volumes 

for each customer category to arrive at class/category specific Summer Period. The change 

to using the SMBA method is discussed in more depth in separate testimony filed in this 

proceeding by Joseph A. Ferro. 

Please explain the basis for allocating the fixed, capacity-related demand cost between the 

Maine Division and New Hampshire Division of Northern. 

These costs are allocated between the divisions based on the Modified Proportional 

Responsibility ("MPR") methodology, which allocates the fixed capacity-related gas costs 

based on the demand each division places on the available capacity each month. The MPR 

methodology was approved by the Commission on December 23,2005, effective January 1, 

2006, pursuant to the New Hampshire Commission-approved Settlement in DG 05-080 and 

the Maine Commission-approved Settlement in Docket Nos. 2005-87 and 2005-273. 

Accordingly, the MPR method was used to establish the proportional cost responsibility of 

Northern's Maine Division and Northern's New Hampshire Division. The workpapers 

supporting the MPR factors also reflect the settlement reached in DG 05-080 as well as in 

the Maine Division dockets, Docket Nos. 2005-077 and 2005-473, and are provided in the 



Allocation 

Are these allocations the same as those determined in the Winter Period 2006-2007 filing? 

No. While analyzing how the new SMBA method compares with the Market based . 

~ l l o i t i b n  W A )  method for Northern's Maine Division Off-peak Cost of Gas filing, a 

smail error was found in the MPR calculation. Due to a cell referkce error, the Maine 
1 ' 

~ i v i s i o i  and New Hampshire Division percentkges were reversed (50.46% vs. 49.54%) in 

the Winter Period 2006-2007 calculation. The workpapers in this filing reflect the correct 

percentages. The correct percentages are also being used to record the actual demand costs 

between the two divisions for the 2006-2007 Winter Period, beginning for the month of 

November 2006. 

What is the basis for allocating the variable gas costs between Northern's Maine and New 

Hampshire Divisions? 

The variable gas costs have been allocated between Northern's Maine Division and New 

Hampshire Division on the basis of each division's percentage of monthly firm SENDOUT@. 

The monthly variable allocation factors are shown in the Allocation section. 

How do costs, allocated between the Maine and New Hampshire Divisions and between the 

Winter and Summer Periods, compare using the proposed SMBA method and the previous 

methodology? 

Using the same pricing and dispatch data for the annual period of May 2007 through April 

2008 that has been used for the proposed Cost of Gas submitted in this filing, I have 

compared the commodity and demand costs allocated between the Maine and New 

Hampshire Divisions and between the Summer and Winter periods in a schedule included in 

the "SMBA vs. MBA" section of the filing. 



-. 
1 With respect to commodity costs, under both methods this schedule shows that the New 

2 Hampshire Division is being allocated 53.9% of total Northern costs. This schedule also 

3 shows that there is a very slight shift of costs from the Summer to Winter Period as Northern 

4 . . Summer Period costs are higher by $29,240, or 0.19%; New Hampshire Division Summer 

5 costs higher by $17,126, or the same 0.1 9%. While these cost allocations are based.on 

. 6 mod'kling forecast data (to set COG rates), commodity costs are ultimately allocated based 
I ' 

' 7 on actud commodity costs and allocated between the Maine and New Hampshire Divisions 

8 based on actual finn sendout allocation percentages. 

9 
10 Q. What does your comparative analysis show with respect to demand costs? 

1 1  A. With respect to demand costs the two divisions are being allocated the same percentage of 

12 ' demand costs, on an annual basis, that was allocated in the Winter 2006-2007 COG process. 

- .. '3  The New Hampshire Division is allocated less demand costs in the Summer Period and 

14 more costs in the Winter Period. This seasonal shift in demand costs is a function of the 

15 SMBA allocating capacity costs on a design day basis, while the "seasonal average rate and 

16 ratio" method allocates capacity on the basis of using weighted design year monthly 

17 allocations, as explained in Mr. Ferro's testimony. The allocation of demand costs, both in 

18 the model and for recording actual costs, are based on the Modified PR Allocator set once a 

19 year on November 1. The actual demand costs will be seasonally allocated based on the 

20 results of the SMBA model, by using the percentage of annual demand costs allocated to 

21 each season for each resource category. 



PRIOR PERIOD OVERCOLLECTION 

3 Q. Please explain the prior Summer Period over collection of $633,021 shown on Tlmty-ht 

4 Revised Page 39. 

5 A. The r&-bnciliation analysis that was filed with the Commission on January 29, 2007, and 

. 6 included in the Reconciliation section of this filing, provides the support for $61 1,704 of the 
I ' 

' 7 over-collection. 

9 FORECASTED PURCHASE-GAS PRICES 

10 
11 Q. Please explain the basis for projecting costs for the purchases of Canadian gas supplies. 

12 A. Northern has firm entitlements of up to approximately 2,400 Dthlday of year-round 

13 Canadian supplies directly from Northeast Gas Marketing (NEGM). The forecasted price of 
<--- 

14 NEGM was based on the February 28,2007 NYMEX prices plus a differential. Domestic 

15 supplies are forecasted based on NYMEX prices fi-om February 28,2007, plus the cost to 

16 transport the gas to the city gate. 

17 

18 Q. Please explain the basis for the projected cost. of the Company's domestic gas supply 

19 -. purchases. 

20 A. The Company will purchase all of its domestic supply on a short-term (monthly, daily) basis 

2 1 for the Summer Period. The commodity forecast for domestic supplies rely on monthly gas 

22 indices for which the NYMEX Natural Gas Futures prices of February 28,2007 were used. 

23 The transportation costs are forecasted based on the route the sendout model chooses that 

24 the gas will travel. The sendout model provides the forecasted MMBtus transported on each 
... - ; 

J of the upstream pipelines. The sendout on each pipeline is then multiplied by the 



--- 
I appropriate upstream unit commodity costs and added to the monthly gas indices. 

2 

3 Q. Please explain how the Company's hedging activity for gas purchases for May and October 

4 2007 have been reflected in the 2007 Summer period commodity costs. 

5 A. The d o & ~ ~ a n ~  has executed hedges for 40% of its natural gas requirements for the months of 

. 6 ~ a ~ ? a n d  October 2007 at various prices throughout the past twelve months. The aggregate 
I 

'.: 7 c~rrent*~osition (gains or losses) of all executcd hedging transactions for May and October 

8 is reflected in Proposed Th.uty-first Revised Page 38. The hedging transaction "Profit and 

9 Loss Statement" showing a projected aggregate loss of $126,764 for all hedge positions for 

10 May and October 2007 based on the respective months February 28,2006 NYMEX Natural 

11 Gas Futures prices is provided in the Hedging!section. 

12 

..- '3 Q. Has the Company established new price triggers for its hedging program, which was 

14 approved in Commission Order No. 24,037 in Docket No. DG 02-137? 

A. Yes. Pursuant to Order No. 24,037 dated August 16,2002 in Docket No. DG 02-137, 

Northern has been directed to provide the Commission, in its semi-annual COG 

proceedings, its recommendation for new price targets for the price-triggered component of 

the hedging program, or alternatively, why the current targets are appropriate. The 

Company typically re-establishes its price targets every six months, prior to each COG 

season. These price triggers are based on trigger points set at the 6 5 ~ ,  35" and 2 0 ~  

percentiles of a matrix of NYMEX traded fuhues contracts analyzed by Risk Management 

Inc. (RMI), an independent consultant retained by the Company. The R M I  price matrix is 

adjusted for inflation and weighted, with 20% of the price being attributed to the most recent 

year (short-term) and 80% being attributed to the last four years (long-term). This scaled 

distribution gives the matrix a slight bias toward recent prices, allowing for greater market 

sensitivity to the current environment. This market sensitivity is needed because these 

weighted prices are broken into deciles for the purposes of developing meaningful buy or 



trigger points. The Hedging section of the filing presents the RMI Matrix that sets forth the 

updated price triggers per MMBtu of $7.655, $6.735 and $6.24 for the 65fh, 35' and 2ofh 

percentile, respectively. 

. 
FORECASTED TRANSPORTATION COSTS 

Please expl&'the basis for the Company's forecasted pipeline reservation and commodity 

charges for transportation services included in this COG filing. 

Northern currently has entitlement to firm transportation capacity on eleven (1 1) interstate 

pipeline companies: Tennessee Gas Pipeline Company ("Tennessee"), Iroquois Gas 

Transmission System ("Iroquois"), Algonquin Gas Transmission Company ("Algonquin"), 

Texas Eastern Transmission Corporation ("Texas Eastem"), Transcontinental Gas Pipe Line 

Company ("TGP"), Dominion Transmission Corporation ("Dominion"), Granite State Gas 

Transmission, Inc. ("Granite"); TransCanada Pipeline ("TransCanada"), Union Gas 

("Union"), Vector Pipeline ("Vector7') and Portland Natural Gas Transmission System 

("PNGTS"). The Supplier Prices Section reflects the maximum daily transportation quantity 

(MDTQ) of firm capacity that Northem has with each of the above pipelines. As an 

interstate pipeline, each company is regulated by the Federal Energy Regulatory 

Commission (FERC) and is required to file tariffs reflecting its rates for transportation 

services. For purposes of forecasting pipeline reservation and commodity charges, the rates 

reflected on each pipeline's currently effective tariff sheets have been applied to the 

applicable contracted MDTQ and to the forecasted transportation quantities, with the 

exception of Granite reservation charges. Granite reservation charges are in accordance 

with a negotiated contract between Granite and Northern, for the five-year term of 



-- 1 November 1,2003 through October 3 1,2008, for an MDTQ of 100,000 Dth at the 

2 discounted monthly rate of $1.2639 per Dth. This contract was approved by the 

3 Commission in Docket No. 2003-762. 

4 The Supplier Prices Section contains~the currently effective pipelines' tariff she& and 

5 suqar ies .of  the pipeline reservation and product demand charges allocated to the New 
* 

, a  
d Hampshire &ision 

Please explain how you estimated the rate for h e  LNG boil-off during the Summer Period. 

The LNG of $8.6305 per MMBtu, is the average cost of LNG boil-off to be withdrawn from 

inventory between May 1,2007 and October 3 1,2007. 

Will the Company propose to revise the COG if it receives any new or updated information 

on supplier or transportation rates? 

Yes. If the Company receives more accurate or updated information on Northern's 

forecasted supplierltransportation rates, it will assess whether a revised COG proposal is 

warranted. If the different rate information materially changes the proposed COG and if 

time permits before the hearing date, it will then notify all parties to this proceeding and 

make a revised filing. Such updated rate information will include the latest NYMEX natural 

gas prices, which the Company will review within reasonable lead-time prior to 'the hearing. 

SALES AND SENDOUT FORECAST 

Please compare forecasted sales for the COG period with normalized sales for the same 



period last year. 

Sales for the COG period are projected to increase by 0.5% for the residential class and 

1.5% for C&I. The increases are driven mainly by customer growth, with the residential 
. 

growth rate reduced by projected conservation. 

How does the Company forecast firm sales and kinsportation? 

For the residential and small commercial forecasts, the Company relies upon econometric 

and time-series techniques for two components: use per meter and the number of meters. 

Individual forecasts are made for large commercial customers with special contracts. The 

growth rates for customers and volume from these models are applied to the most recent 

data normalized for weather. 

How does the Company forecast h sendout? 

The firm sales and transportation forecast serves as the basis of the sendout forecast. 

Calendar month firm sales and transportation is converted to a forecast of sendout by 

applying an unaccounted-for conversion factor that is the average of the most recent four 

years ending June 30. The unaccounted-for factor reflects the same data that the Company 

has filed with DOT for each of those four years. 

COG RATE COMPARISON AND BILL IMPACT ANALYSES 

How does the proposed 2007 Summer COG rate compare with the actual 2006 Summer 

COG rate? 

The Variance Analysis Section shows that the difference between the proposed 2007 

Summer rate and the average actual cost of gas in the 2006 Summer period to be an increase 

of $0.0092 per them. Of this increase, $0.0868 per them can be attributed to an increase in 



the forecast of commodity prices, which is partially offset by a $0.0598 per therm decrease 

in demand costs and a $0.0154 per therm decrease in the amount of the overlunder 

collection. 

. 
How does the proposed COG rate affect a typical Residential Heating customer's annual and 

~urr&er P-d bills for the twelve-month and six-month pe&od ended October 2007 

compared with the twelve-month and six-montd period ended October 20067 

The Typical Bill Analysis Section shows that a typical Residential Heating customer's bill 

for the six months ended October 2007, compared to the six months ended October 2006, 

will decrease by $34 or 6.6 percent based on,typical Summer consumption of 318 therms. 

This comparison is based on the proposed Suq.lmer 2007 residential rate and the actual billed 

residential rate for each month of the Summer 2006 period. The Typical Bill Analysis 

section also details monthly bill comparisons at various consumption levels for a Residential 

Heating customer and compares those to the average actual gas cost rate calculations for the 

Summer 2006 period. This analysis shows that, based on the average actual gas costs for the 

Summer 2006 period, the proposed rate is unchanged for the Summer 2007 Summer. 

Does this conclude your testimony? 

Yes it does. 



NORTHERN UTILITIES, INC. 
NEW HAMPSHIRE DMSION 

MODIFICATION OF THE COST OF GAS CALCULATION 
TO A SIMPLIFIED MARKET BASED ALLOCATION ("SMBA") METHOD 

PREFILED TESTIMONY OF 
JOSEPH A. FERRO 

Please state your name and business address. 
,"' 

Joseph'A. Ferro, 300 Friberg Parkway, Westborough, Massachusetts 01 58 1. 

What is your position with Northern Utilities, Inc. ("Northern" or the "Company")? 

My position is Manager, Regulatory Policy. 

Please describe your educational background and utility experience. 

I graduated from the University of Massachusetts/Boston in 1974 with a Bachelor of Arts . 

degree in Mathematics. I later took accounting courses at Massasoit Community College. I 

have been employed at Bay State Gas Company since 1977, holding various positions in 

the Customer Relations area before joining the Rate Department in September 1980 as an 

Associate Rate Analyst. In February 1983 I was promoted to Rate Analyst. In August 

1987 I was promoted to Senior Rate Analyst. On February 1, 1990 I was promoted to 

Manager, Gas Costing and Rate Analysis; in 1994 I was promoted to Manager, Rate 

Services and on August 1, 1998 I was promoted to Director of Pricing Services. On 

August 16,1999 I became Director, Revenue Development. Around the completion of the 

merger between NiSource, Inc. and Columbia Energy Group (around November 1,2000) I 

was assigned the position of Manager, Regulatory Policy. 



What have been your primary responsibilities in the various positions that you have held 

in the Regulatory Affairs and Rate areas? 

My primary responsibilities for Bay State and Northern throughout my years of service 

have included the preparation and support of Cost of Gas Adjustment ("CGA") filings, 
. 

analyses and forecasting of rates and revenues, supporting adjustments to test year costs as 

weli as d e t d n i n g  and sponsoring revenues and billing determinants in Company rate 

case filings and other rate-related functions. As Director of Pricing Services and Director, 

Revenue Development, my responsibilities expanded to include directing the analysis and 

filing of rate design proposals including unbundling initiatives, analyzing the feasibility 

and filing of special rate contracts, adrninistmg all rate tariffs, as well as providing the 

Company with competitive pricing assessments and implementing effective pricing to 

enhance the Company's ability to retain and profitably grow distribution load. In my 

current position of Managq, Regulatory Policy, my responsibilities include setting 

regulatory and pricing policy and carrying out associated Company initiatives. 

Are you a member of any industry organizations? 

Yes. I am a member of the Northeast Gas Association Rates and Planning Group and a 

member of the American Gas Association Rates and Strategic Issues Committee. 

Have you previously testified before any regulatory bodies? 

Yes. I have testified before the New Hampshire Public Utilities Commission, the 

Massachusetts Department of Telecommunications and Energy (formerly the Department 

of Public Utilities), and the Maine Public Utilities Commission. 



Please explain the purpose of your prepared direct testimony. 

The purpose of my testimony is to explain the allocation of gas costs using the Simplified 

Market Based Allocation Method ("SMBA") and associated calculation of Cost of Gas 
. 

(COG) rates. I will also explain how the COGs using the SMBA compare with the COGs 

calihlated udder the current method, which is based on a straight two-season calculation 

with ratios applied to the average cost of gas to determine the Low Winter and High 

Winter Use Commercial & Industrial ("C&I") COG rates. The use of these ratios was 

presented with Northern's 2006 S e e r  COG filing and approved by the Commission in 

that proceeding, Docket DG 06-038 in Order No. 24,615 dated April 28,2006. 

CURRENT COST OF GAS CALCULATION 

How does Northern currently'derive the COG rates for the Residential, C&I Low Winter 

and C&I High Winter classes? 

Northern first calculates a seasonal average cost of gas based on the respective summer 

(May - October) and winter (November - April) gas costs and associated demand. In the 

determination of seasonal costs, fixed demand costs incurred in the summer months that 

are related to providing service in the winter season are deferred to the winter season. 

These deferred costs include a portion of pipeline capacity costs and all underground 

storage capacity costs. The resulting seasonal average cost of gas is the basis for the 

Residential COG, while the COGs for the C&I Low Winter and High Winter classes are 

derived by applying load factor based percentages to the average cost of gas. 

How have the ratios been determined? 

Pursuant to a Settlement approved by the Commission in Order No. 23,674 dated April 5, 



A----. 

1 2001, in Docket DG 00-046, Northern's Revenue Neutral Rate Redesign, the C&I ratios 

were first determined based on the Market Based Allocation ("MBA") cost of gas analysis 

filed in that docket. The Company derived ratios to apply to the system average cost of 

gas using the MBA-allocated seasonal (WinterISummer) average cost of gas of each. C&I 

classifiktion. Multiplying each load factor C&I class ratio to the average cost of gas 

wodkd determine the COG for each respective C&I classification. The ratios resulting 
J ' 

fiom ~ o c k e t  DG 00-046 were as follows: 

Winter Summer 

C&I High Winter 1.07588 . 1.07584 

C&I Low Winter 0.72633 0.93833 

Has Northern continued to use these ratios to determine the C&I COGS? 

No. Northern proposed to discontinue the use of these ratios in its 2006 Summer COG 

proceeding, Docket DG 06-038, and the Commission approved its proposal in Order No. 

24,615 dated April 28, 2006. Northern's proposal was based on the determination that 

these ratios in connection with the MBA results of a 1999 test year no longer produced 

appropriate COG rates. 

Please explain why the use of these ratios no longer produces appropriate COG rates. 

Since the time of the 1999 test year in Docket DG 00-046, natural gas prices have risen 

dramatically. These rising gas prices have caused relatively high unit system gas costs 

over the recent years. Applying the ratios approved in Docket DG 00-046 to these high 

unit gas costs results in a significant difference between the C&I High Winter and Low 

Winter customer groups. Further, the high natural gas prices are associated with primarily 

long-haul supplies that meet Northern's base load requirements and the Company's 

requirements typically dispatched next after satisfjmg base load. Thus, much of these 

supplies are assigned to high load factor (Low Winter) customer classes. The commodity 

costs of these supplies have risen at a greater rate than the commodity costs for peaking 



supply resources and are certainly much higher than in years past, when these supplies 

were markedly lower than peaking supplies. In the past, high load factor customers (Low 

Winter) were assigned a large portion of the low cost long lines supplies and a small 

portion of the relatively high cost peaking supplies, resulting in a favorable ratio between 
. 

Low Winter and High Winter customers. However, the higher cost of long lines supplies 

customers 

market causes the unit commodity cost to serve low and high load factor 
J 

to be similar, or even higher for the high load factor customers. 

The Settlement in Docket DG 00-046 recognized the possibility that these ratios would 

change over time. One critical item identified as expected to impact the ratios was "the 

ratio of delivered costs of winter supplies to pipeline delivered supplies." ' This ratio, once 

much greater than unity, has approached unity. In short, the test year ratios do not and 

should not be applied to the current and on-going calculated unit commodity cost of the 

COG. Because of similar unit commodity costs for the two groups of customers, or higher 

unit costs for the Low Winter group, and the inappropriate application of the ratios to the 

unit commodity cost, the difference between the overall gas cost rates between the two 

groups of customers should be less than differences in the past. In fact, the Company has 

seen this in the MBA-based Cost of Gas calculations in other jurisdictions, primarily in 

Northern's Maine Division and for Bay State. For instance, the MBA-based unit gas costs 

for Northern-Maine filed the past winter period of 2006-07 and this 2006 Summer period 

are as follows: 

' Settlement Agreement Among the Parties to Docket DG 00-046, Northern Utilities, Inc., pg 11. 

Summer 2006 

LLF (High Winter) * 

Unit Demand Cost 

$0.1257 / ccf 

Unit Cornmod Cost 

$0.8732 / ccf 

Total Unit Cost 

$0.9989 / ccf 



.. > 
1 * Includes Residential. 

2 

3 In contrast the Total Unit Gas Cost for the New Hampshire Division using the existing DG 

4 00-046 ratios resulted in improperly large differences between the LLF and HLF rates. 

5 For the 2006 Summer period the C&I LLF COG would have been approximately $0.14 

$0.9542 

$0.0447 

$1.3803lccf . 

$1.2611 

$0.1 192 

per therm higher than the HLF COG. The 2005-06 Winter period C&I LLF COG was 

approximately $0.46 per therm higher than the HLF COG. These New Hampshire COG 

differences highlighted that the ratios based on the MBA method -ruri' on 1999 test year 

data and conditions significantly over-stated the load factor unit cost difference of 

$0.8600 

$0.01 32 

$0.9765 I ccf 

$0.9190 

$0.0575 

HLF (Low Winter) 

Difference 

Winter 06-07 

LLF (High Winter) * 
. 

HLF (Low Winter) 

 iffh hence ,*,., 

providing gas supply service. 

$0.0942 

$0.03 15 

$0.4038 I ccf . 

$0.3421 

$0.0617 

How did the Company modify the use of ratios to derive C&I High Winter and Low 

Winter COG rates? 

The Company derived unit demand cost ratios £?om its Capacity Allocators calculation 

filed with the Commission once a year with the Company's Winter COG. The resulting 

ratios were: 

Summer 2006: C&I High Winter - 1.003 1 8; and C&I Low Winter - 0.98 199. 

Winter 2006-07: C&I High Winter - 1.0471 ; and C&I Low Winter - 0.991 1. 

Does the application of these ratios to the average cost of gas produce cost-based or 



market-based gas cost rates for the C&I rate classes? 

Although the application of these ratios to the average cost of gas significantly improve 

the reflection of costs in the load factor rates as compared to rates using the 1999 test year 

MBA ratios, they do not reflect the allocation of costs of all of the dispatched volumes of 
. 

Northern's entire system portfolio to meet the load characteristics of the Low Load Factor 

and'High Load Factor classes, including the associated commodi& costs. While the use of 
J 

these ratios applicable only to the unit demand cost safeguards against a significantly 

inaccurate load-factor differentiation of costs, it essentially ensures only a partial 

reflection of load factor distinct costs. 

MARKET BASED ALLOCATION (''MBAn) METHOD 

Please explain the purpose of using the Market Based Allocation method to derive 

cost of gas rates. 

Northern's prior method of calculating COGS, as well as its current method absent 

any application of ratios, was based on the seasonal average cost of gas for the 

winter season of November through April and surnmer season of May through 

October. This average cost of gas approach does not recognize the difference in 

costs of providing gas supply service to various load characteristics of customers 

or groups of customers. In particular, the annual cost of resources to satisfy the 

demand of a high load factor load versus a low load factor load, typically 

temperature-sensitive load, can be quite different. In addition, as Northern 

unbundled its gas supply service from its distribution service and supplier service 



became more available behind Northern's system, it became more appropriate to 

charge bundled sales customers for gas supply service in a manner that would be 

similar to how third party unregulated suppliers would offer supply service to 

Northeq's customers. This unregulated supply service offering essentially reflects 
. 

market conditions. Northern implemented the MBA to allocate gas cqsts and 
i j  

cal~ulate gas"'cost rates to reflect the distinction in providing gas service to high 

load and low load factors loads, reflecting such market conditions as well as 

Northern's cost of providing gas supply service to all its sales customers. 

Please elaborate on how the MBA achieves @s market based costing of gas supply 

service. 

The MBA method identifies the portion of the system load curve that can be served at 

high annual load factors. In the extreme case of the hypothetical customer with a 100% 

load factor, i.e., the daily load requirements are the same for the entire annual period, all 

of such load can be served with relatively low-cost year-round firm supplies. The source 

of these supplies is typically long-haul, or long line, pipeline natural gas. The MBA 

identifies the least-cost supplies, considering both capacity and commodity costs 

combined, to serve the high load block of load. The MBA then assigns those costs, on 

average, to the loads of the individual customer classes, which make up the block. For 

this hypothetical 100% load factor customer or customer class, it would be exclusively 

assigned the cost of the base load supply used to serve its load. 

The MBA defines base load usage as the level of system load that remains constant 



throughout the year. In practice, the level of capacity in the base load block is computed 

as the average of the normal year firm sendout over the months of July and August. The 

base load supply block is intended to serve base load requirements of all customers on the 

system.. The supply costs to serve this.block are determined by assigning the lowest cost 
. 

sources available, including capacity and commodity cost considerations. 

The MBA then addresses the allocation of capacity and commodity costs to the portion of 

the system load curve that remains after this high load factor block is served. These 

remaining loads are primarily firm ~ n t e r  loads. 

Has Northern, or its parent company, Bay State Gas, used the MBA method of calculating 

cost of gas rates in the past? 

Yes, both Bay State Gas in,Massachusetts and Northern for its Maine Division have 

calculated its cost of gas rates using the MBA method for many years. However, Bay 

State Gas changed from the more data-intensive MBA to a Simplified MBA ("SMBA") in 

its last base rate case, D.T.E. 05-27, while Northern-Maine has proposed to change from 

the MBA to a SMBA method in its current 2007 Summer Cost of Gas filing, coincident 

with Northern's proposal in this proceeding for its New Hampshire Division. 

Why has Bay State Gas and Northem-Maine implemented or proposed to implement the 

SMBA? 

Bay State Gas has changed, and Northern-Maine has proposed to change, from the MBA 

to the SMBA method to significantly reduce the volume of data, general level of detail 



and the time-consuming modeling necessary to calculate class-specific cost of gas rates, 

while at the same time generating very similar rates for the load factor class categories as 

compared to the class-specific rates for those same respective classes. 

. 

Q. Please explain the level of detail used in the m A ' s  allocations that Northem-Maine has 

been using? J ' ' 

A. . The MBA method employs a low level of detail. Each of-Northern's supply resources is 

individually allocated. Monthly dispatching results and associated costs are allocated 

monthly to each rate class. Allocations are performed using separate dispatches for 

normal year and design year sales requirgnents. The normal year sales are used to 

allocate commodity costs while the design year dispatch forms the basis for capacity cost 

allocations. As a result of this level of detail, the development of MBA allocators 

represents a sizeable commiment for each cost of gas filing. 

Q. Is the capacity cost allocation development included in the ME3A method consistent with 

the capacity assignment methodology set forth in Northern's Delivery Service Terms and 

Conditions? 

A. No. Capacity assignment is based on class design day demands, while the MBA allocates 

demand costs using a Proportional Responsibility weighted design year monthly 

allocation. This aspect of the MBA was another reason or incentive to change to the 

SMBA. 

Q. Is it appropriate to allocate capacity costs using one method in the semi-annual COG 



filings and use a different method when capacity is assigned to migrating sales customers? 

No. Ideally the two methods should employ identical methods to insure that the capacity- 

related supply costs for migrating sales customeis are the same costs charged to them 

when they were sales customers. If not, marketers will be assessed an inequitable cost for 
. 

assigned capacity and the assignment of the remaining capacity costs to sales customers 

t .h r~&~h the COGC would also be inequitable. 

SIMPLIFIED MARKET BASED ALLOCATION (''SMBA") 

What are the major differences between thencurrent MBA method that was the basis for 

the C&I load factor ratios pursuant to DG 00-046 and that has been used for Northern- 

Maine and the simplified version or SMBA? 

The SMBA uses a single, nqrma.1 year dispatch for both commodity and capacity. It 

allocates average pipeline capacity and commodity costs to the base use portion of the 

load curve and then allocates all remaining supply costs to the remaining load 

requirements throughout the year. Note though, that the SMBA and MBA identify the 

base use portion of the load curve in the same manner, as the average of the normal year 

firm sendout over the months of July and August. 

The SMBA then allocates the remaining capacity costs on the basis of temperature- 

sensitive design day demands. While the MBA method requires the ranking of each 

individual resource by the respective fully loaded (commodity and demand) costs, the 

SMBA method creates three categories of resources and associated costs: (1) pipeline - 



natural gas; (2) underground storage withdrawal; and (3) peaking delivered supplies, 

including propane and LNG. 

Finally, the SMBA assigns costs to the requirements of the load profile of the high load 
. 

factor and low load factor groupings, rather than by each rate class. Note that to adhere to 

the ,current pbvision of deriving the average cost of gas for the COG applicable to the 

residential rate classes, the residential classes are assigned the average demand and 

commodity costs, and the difference between these average costs and the costs allocated 

using the SMBA are reallocated to the HLF and LLF classes based on their percentage of 

allocated costs to total costs. Working with P o  load factor categories and the residential 

class is a simplification, especially in that it limits the number of COG rates, that does not 

result in any material change in the cost assignment of rate classes since the load profiles 

of the individual rate classes yithin the high load factor (low winter) and low load factor 

@ugh winter) categories are quite similar. Thus, another reason why Bay State Gas has 

changed to the SMBA, and Northern-Maine has proposed to change to the SMBA, is that 

the SMBA high load factor based rates are quite similar to the MBA class-specific rates 

for the G-50, G-51 and G-52 classes and the low load factor based rates are quite similar 

to the G-40, G-41 and G-42 class rates. 

Please explain any changes in the assignment of costs between the Maine and New 

Hampshire divisions and between the Summer and Winter periods as a result fkom using 

the SMBA method rather than the straight 2-season method for the New Hampshire 

Division and the MBA method for the Maine Division. 



A. First and foremost, the allocation of actual and forecast annual costs between the two 

divisions does not change from changing to the SMBA method from either the straight 2- 

season or MBA methods. In short, costs are allocated between the two divisions before 

any cost of gas pricing model is applied to either division. In particular, and as has. been 
. 

the case, actual monthly commodity costs will be allocated between the two divisions 

based on aotiaal monthly firm sendout factors 1 percentages, while forecast commodity 

. costs through the SMBA (or MBA) modeling is based on the monthly firm sendout 

volumes of each division. Similarly, the allocation of actual and forecast demand costs 

between the two divisions will be' the same, as demand costs are allocated using the 

Modified PR Allocator that was instituted pursuant to the New Hampshire Commission 

order in Docket DG 05-080, as well as in the Maine Commission order in Docket No. 

2005-87 and Docket No. 2005-273. 

With respect to seasonal allocation of costs, once the costs are allocated to each division, 

there will be some slight shifting of costs between the seasons. There could be only a 

slight shifting of commodity costs between the two seasons due to using the SMBA 

method as compared to the straight 2-season allocation. This slight shifting would only be 

due to the SMBA method costing monthly pipeline requirements at the average cost of 

pipeline, rather than how the straight 2-season method captures the costs of all monthly 

dispatched pipeline resources needed to satisfy firm demand, at each resource's monthly 

cost. This could result in capturing more or less commodity costs in a particular six- 

month COG season. With respect to demand costs, the SMBA employs a design day 

demand allocation of capacity costs that establishes the level of demand costs related to 



Remaining Pipeline (above base load level), at that design day demand level, and assigns 

to each month based on the monthly PR percentages. With respect to the straight 2-season 

method, the monthly demand costs associated with all pipeline resources incurred and 

used in the summer period are charged.to the summer period. Under both methodologies 
. 

demand costs associated with storage and peaking resources are assigned to the winter 

perikd only,%# The difference in the seasonal allocation of pipeline demand costs between 

the two methodologies should result in some shift of demand costs between the two 

seasons. Schedule JAF-1 presents the Summer period and Winter period commodity and 

demand costs allocated to each division and to each season under both the SMBA and the 

straight 2-season methods. (Note that the W A  method used for the Maine Division, 

before costs are allocated to the two divisions does not impact divisional allocation of 

costs.) This schedule shows: (1) No shifting of costs between the New Hampshire and 

Maine divisions; (2) Extremely minor shifting of commodity costs from summer to winter 

period (approximately $17,000 or 0.04% for NH); and (3) Approximately $580,000, or 

about 4.5%, of demand costs shifted from summer to winter. 

How do the COG rates using the SMBA method compare with the current method of 

deriving COGs, which uses the straight 2-season method and applies the C&I load factor 

ratios based on the load factor unit capacity costs used to derive the Capacity Allocators? 

Northern has derived COGs for the 2006-07 Winter and 2007 Summer periods using both 

the SMBA and current COG method. Schedule JAF-2 shows that the difference between 

the C&I Low Winter a~ld High Winter COGs is greater using the SMBA as compared to 

the current COG method. This difference reflects that the SMBA method is reflecting the 



allocation of the demand and commodity costs associated with the dispatching of the 

entire portfolio of resources. These SMBA results show that more of the higher cost 

resources are needed to satisfy the High Winter (low load factor) customer demand (and 

less to satisfy the Low Winter customer. demand) as compared to the current COG method, 

based on the classes' monthly demand for the forecast period of May 2007 through April 

Is the SMBA consistent with the capacity assignment method provided in Northern's 

Delivery Service Terms and conditions? 

Yes. The SMBA method is emulating the sqme method used for capacity assignment in 

the gas cost allocations, in particular, using design day demand to allocate remaining 

capacity costs after assigning pipeline capacity costs. In this manner, rnigrating.customers 

are assigned the same capacity cost, associated with their design day demand, for which 

they were paying under the COG Clause rates. 

Please generally describe the SMBA method. 

The SMBA method identifies two portions of the utility's load duration curve and 

separately assigns costs to each portion of the curve. For a simple example, Schedule 

JAF-3 presents a typical load duration curve to meet the New Hampshire Division 

requirements to demonstrate the SMBA method. The rectangle forming the lower portion 

of the curve represents the "lase use" portion of the curve, which can be served at 

extremely high annual finn load factors. All of this load can be served with relatively 

inexpensive resources, typically long line natural gas supplies. The SMBA method 



.+~-. 
1 identifies the capacity and commodity costs for both supply and upstream transportation 

contracts to deliver these low cost supplies to the high load factor block of load. The 

SMBA assigns these costs, on average, to the loads of the individual customer classes that 

make up this block. The upper triangle portion of the load duration curve represents the 
' .  

"remaining load". This remaining load is load served by a combhati-on of supplies 

including thipipeline supplies not serving the base use portion of the curve, winter service 

contracts, underground storage supplies, peaking supplies and on-system manufactured 

gas from the LNG and propane'facilities. 

The SMBA method defines base use as the level of system firm customer load that 

remains constant throughout the year. Interruptible loads and storage refill requirements 

are not considered as part of the base use load since interruptible loads are not firm loads 

and storage refill does not represent customer load. Instead, customer loads served by 

storage withdrawals and their associated costs are treated as part of remaining load. In 

practice the level of capacity or the maximum daily quantity of the base use block is 

computed as the average daily normal year firm sendout over the months of July and 

August. The base load supply block is intended to serve these requirements throughout 

the year. So, a hypothetical 100% load factor customer would be exclusively assigned the 

costs of the base load supply used to serve his load. On the other hand, for a customer 

who only uses gas in the winter period, none of his load is in the base use block of the 

utility's load duration curve and he would not receive, or be assigned, any of the base load 

use block of supply. 



The remainder of the SMBA method addresses the allocation of capacity and commodity 

costs to the portion of the system load curve that remains after this high load factor block 

is served. These loads primarily consist of £irm loads in the winter period. In the summer 

period, the remaining loads consist of interruptible load, storage refill, and a minor amount 
. 

of firm load served on cooler days in the summer period. 

How is capacity costs allocated for the load remaining after serving the high load factor 

block? 

The SMBA method employs a normal weather year's monthly dispatch of supplies net of 

the high load factor block already served. The remaining loads to be served are identified 

as a single block, which is simpler than the MBA method of stratifymg the remaining load 

for each dispatched supply source. Pipeline charges required for summer period storage 

injections are included in the,remaining load category and are assigned primarily to the 

winter period. The SMBA method allocates the remaining capacity to classes on the basis 

of their respective design day demand less that portion of their load served by base use 

supplies. Capacity costs are assigned to months using a Proportional Responsibility (PR) 

allocator based on the system's remaining load in a normal year. The PR allocator is 

applied to the total remaining capacity cost to assign proportionately higher capacity costs 

to higher load periods. Monthly costs are then allocated to customer classes in proportion 

to their monthly usage, after deducting load served by the high load factor block. 

How is the commodity costs allocated to the remaining portion of the system load curve? 

Monthly commodity costs are computed residually after serving the base load use block. 



Test year monthly commodity costs by source are reduced for base load commodity. The 

remaining monthly load was assigned to customer classes in proportion to their remaining 

usage. 

Mr. Ferro, have you provided schedules that show the detailed data that result in the 

seasonal allbhation of costs and the allocation of those costs between the load factor class 

categories? 

Yes. I have included with my testimony many of the same schedules that have been 

included as exhibits to the testimony of Ronald D. Gibbons in support of Northern's 2007 

Summer COG rates. These schedules show the firm sales, associated sendout and 

resulting cost allocations by the SMBA-designated categories, by month and by rate class 

rolled up to the high and low load factor groupings, as well as the assignment of the 

system average demand and ,commodity costs to the Residential class. These various 

schedules are presented as follows: 

Schedule JAF-4: Summary of costs by season, by Demand and Commodity, by 

Base Load and above Base Load requirements ("Gas Cost Exhibits" section of 

COG filing); 

Schedule JAF-5: Monthly, seasonal and annual sales and capacity-assigned 

transportation load by rate class ("Sales Exhibits" section of COG filing); 

Schedule JAF-6: Design Day Demands by rate class - Temperature sensitive 

Design Day percentages that generate 'Remaining Capacity" costs provided in 

"Gas Cost Exhibits" section of COG filing; 

Schedule JAF-7: Sendout by rate class, by month, by Base and Remaining Load -- 



Volumes generating commodity costs in the "Gas Cost Exhibits" section of COG 

filing; 

Schedule JAF-8: Commodity volumes, costs and unit costs by month and by 

Pipeline, Storage and Peaking and by Base and Remaining load requirements (in 
' . 

"Gas Cost Exhibits" section of COG filing); 
4 

~chefible JAF-9: Demand costs by month, by Base Pipeline, Remaining Pipeline 

and Storage and Peaking demand costs (in "Gas Cost Exhibits" section of COG 

filing); 

Schedule JAF-10: Base Commodity and CapacityDemand costs by rate class, by 

month (in "Gas Cost Exhibits" section of COG filing); 

Schedule JAF-11: Remaining Commodity and Capacityl'emand costs by rate 

class, by month (in "Gas Cost Exhibits" section of COG fling); 

Schedule JAF-12: Al1~Cost.s by Commodity and Capacity, by month, by Base and 

Remaining requirements (in "Gas Cost Exhibits" section of COG filing) 

16 Q. What do these schedules generally illustrate? 

17 A. These schedules illustrate how Northern's capacity and commodity resources and 

18 associated costs, through the SMBA method, are assigned by month, by rate class to meet 

19 the finn sales and capacity-assigned transportation load. Mr. Gibbons takes these cost 

20 . allocation results to derive cost of gas rates by the two SMBA rate categories of C&I High 

21 Load Factor (low winter) and C&I Low Load Factor (high winter), along with deriving the 

22 Residential COG based on the system average cost of gas. 

:'-i .3 



Mr. Ferro, please summarize the merits of implementing the SMBA method to derive 

COG rates. 

The SMBA is a method of calculating market b&ed gas cost rates on an ongoing basis 

without .the data intensive requirements or model run time needs that the original MBA 
' .  

required, and without losing any material pricing differential or accuracy in price signals 
I 

that the oridrial MBA afforded. This method allows for much better commodity price 

signals for Northern's C&I customers as compared to the current straight.2-season COG 

method, with the C&I ratio application. The SMBA also allows for consistency between 

assignment of capacity to transportation customers and capacity costs charged to sales 

customers through the COG. In addition, the SMBA method will be consistent with the 

cost of gas pricing methodology used by Bay State Gas and Northern-Maine, which 

allows for consistent market-based pricing for all of the Company's customers, and 

secondarily allows for increased administrative efficiencies for the Company in 

implementing its cost of gas rates in its three state jurisdictions of New Hampshire, Maine 

and Massachusetts. 

Does this conclude your testimony3 

Yes it does. 



Northern Utilities, Inc - New Hampshire Division 
Comparison of Annual Costs -- Straight ZSeason I MBA vs. SMBA 
May 2007 through April 2008 Forecast 

Schedule JAF-1 

. - 
_Allocated Commodltv Costs-New Hampshire 

I Summer Deferred 1 $1.942.423 ($1.942.423)1 $0 

Malne 
NH 
Total 

Allocated Demand Costs 

NEW HAMPSHIRE 
Direcl Costs 

Stralght 2-Season 
Wlnter I Summer I Total 

$9.764.044 $3.615.023 1 $13.379.067 

Capacity Release 
SUBTOTAL 

Straight 2-Season I MBA 

MAINE 
Direct Costs 
Non-core Margins 

SUBTOTAL 

Wlnter 
$27.574.465 
$30,730,101 
$58,304,566 

$1 1,706,467 

Total Northern Allocated Demand Costs 

SMBA 

$1 1.768.822 
($3,996) 

$1 1,764,826 

$26,514,085 

H lonlv) - Non-allocated; 

I I I 
Total N.H. 1 $12,488,600 1 $1,701,437 1 $14,190,037 

Summer 
$6.522.256 
$9,121,954 

$15,644,240 

Wlnter 
$27.574.509 
$30.730.052 
$58,304.561 

. Difference 

$0 
$1,672,600 

I 
Production and Storage 

Tolal Non-allocated 

Winter 
$44 

-. ($49) 
($5) 

$0 
$1 3,379,067 

(MBA) 
$1.370,192 

$0 
$1,370,192 

Miscellaneous OIH 1 $95.460 1 $28.837 1 $1 24.297 
$686,673 1 $0 I $686,673 
$782,133 1 $28,837 1 $810,970 

Total 
$34.096.721 
$39.852.055 
$73.948.776 

Summer 
$6,534.370 
$9,139,080 

$15,673,450 

SMBA 
Wlnter I Summer I Total 

$12.288.837 1 $1.090.218 1 $73,379,055 

$13.139,014 
($3,996 

$13,135,018 

I I I 

% 
46.11% 
53.89% 

' Summer 
$12.114 
$17,126 
$29.240 

Difference 
I Wlnter I Summer I Total 
1 $2,524.793 1 ($2.524.805)1 ($12) 

Total 
$34.1 08.879 
$ 39,869.132 
$73,978,011 

Total 
$12,158 
$17,077 
$29.235 

% 
46.1 1 % 
53.89% 



Schedule JAF-2 

Northern Utillties, Inc. - New Hampshire Division 
Comparison of Straight 2-season with C&1 Ratios and SMBA Load Factor Unit Costs of Gas 

2007 Summer and 200647 Winter Forecast COG Filinas 

Demand 
Residential ' 

1 ' .  
C&l Low Winter , 

C&l High Winter 

Comrnodlhi 
Residential 
C&l Low Winter 
C&l High Winter 

Total Unit Cost of Gas 
Residential 
C&I Low Winter 
C&l High Winter 
C&l Diffetential 

I therm 

Difference 

$0.0262 
-$0.0915 
$0.0706 

40.0882 
-$0.0481 
-$0.1018 

-$0.0620 
-$0.1396 
-$0.0312 
$0.1084 

2006-07 
Straight 2- 
Season w- 
C&l Ratios 

$0.281 1 
$0.2792 
$0.2950 

$0.9514 
$0.9514 
$0.9514 

$1.2325 
$1.2306 

, $1.2464 
$0.01 58 

W~nter COG Rates 

SMBA - 
Load Factor 

$0.3073 
$0.1 877 
$0.3656 

$0.8632 
$0.9033 
$0.8496 

$1 .I705 
$1.091 0 
$1.2152 
$0.1242 

I them 
, 

Difference 

-$0.0528 
-$0.0913, 
-$0.0105. 

$0.0016 
-$0.0082 
$0.0044 

-$0.0512 
40.0995 
-$0.0061 
$0.0934 

2007 Summer 
Straight 2- 
Season w- 
CBI Ratios 

$0.151 6 
$0.1500 
$0.1532 

$0.8385 
$0.8385 
$0.8385 

$0.9901 
$0.9885 
$0.9917 
$0.0032 

COG Rates 
SMBA- 
Load 

Factor 

$0.0988 
$0.0587 
$0.1427 

$0.8401 
$0.8303 
$0.8429 

$0.9389 
$0.8890 
$0.9856 
$0.0966 



Schedule JAF-3 

Northern Utilities 
Load Duration Curve 

New Hampshire Service Territory 
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Schedule JAF4 
Northern Utilities - NEW HAMPSHIRE DIVISION 
Summary of Costs to Winter and Summer Seasons 

2- 

,~ne 
No Description Nov - Apr May - Oct Total 

(1 (2) (3) (4) = (2)+ (3) 
DEMAND: 

1 PipelinelProduct Charges $4,248,510 $584,464 . $4,832,973 
. 

2 Capacity Credits 

' 3 Total ~ i ~ e l i ~ e l ~ r o d i r c t  
...j 

4 Base Load Costs 

5 Remaining Pipeline 

6 Storage Demand 

7 Peaking Demand 

8 Off System Credits 

.-. Total Demand Costs 

10 COMMODITY: 

11 PipelineIProduct Commodity Charges 

12 Base Load 

13 Remaining Pipeline 

14 Storage Commodity 

15 Peaking Commodity 

16 Interruptible Included Above 

17 Hedging (Gain)lLoss 

18 Total Commodity (Lines 14 + 18) 

"9 Total Demand and Commodity 
, -- 



Line 
No. Firm Sales 
1 Res Heat 
2 Res General 
3 Total Residential 

4 650 Low Annual-Low Winter 
5 G40 Low Annual-High Winter 
6 G51 Med Annual-Low Winter 
7 G41 Med Annual-High Winter 
8 652 High Annual-Low Winter 
9 G42 High Annual-High Winter 
10 Total Comm 
11 Total Sales 

12 Non-Grandfathered T50 Low Annual-Low Winter 
13 Non-Grandfathered T40 Low Annual-High Winter 
14 Non-Grandfathered T51 Med Annual-Low Wlnter 
15 Non-Grandfathered T41 Med Annual-High Winter 
16 Non-Grandfathered T52 High Annual-Low Winter 
17 Non-Grandfathered T42 High Annual-High Winter 
18 Total Non-Grandfathered Capacity 

19 Total Flrm Sales 

20 Residential Heat & Non Heat 
21 SALES HLF CLASSES 
22 SALES LLF CLASSES 
23 Non-Grandfathered HLF CLASSES 
24 Non-Grandfathered LLF CLASSES 
25 Total Firm Sales 

Northern Utllltles - NEW HAMPSHIRE DIVISION 
Forecasted Sales and Transportation (Volumes In DTH) 

Winter 2007 : 2008 Period 
Effective May 2007 

,< 

Schedule JAF-5 

[.Nov-07 . Dee-07- .Jan-08 peb-08 Mar-08.. Apr.08 Map07 Jun-07 Jul-07 Aug-07 Sep-07 Oct-07 TOTAL, Winter , Summer 1 
161,765 244.621 283.61 1 243.924 208.415 131.594 69.679 37,733 37.137 30,809 46.761 100.698 1,596,747 1.273.930 322,817 

2,773 3,343 3,612 3,338 3.094 2,565 2.134 1.914 2.145 1,653 "1,976 . 2.348 30,895 18,725 12.170 
164,538 247,964 287,223 247,262 211,509 134.159 71,613 39,647 39,282 32,462 48,737 .103,046 1,627,642 1,292,655 334,987 



Northern Utllltles -NEW HAMPSHIRE DIVISION 
SENDOUT FORECAST: Normal Calendar Month Sendout (MMBtu) 
DESIGN DAY DEMANDS ALL DIVISIONS 

1 Sendout for Deslgn Day Calculatlon 

2 
3 
4 Svstomer Class 
5 
8 ResHeat 
7 ResGeneral 
8 G50 Low Annual-Low Winter 
9 G40 Low AnnuaCHigh Winter 
10 G51 Med AnnuaFLow Winler 
11 G41 Med AnnuaCHlgh Winter 
12 G52 High AnnuaCLow Wlnter 
13 G42 High AnnuaCHigh Winter 
14 Non-Grandfathered 150 Low Annual-Low Winter 
15 NonGrandfathemd 140 Low AnnuaFHlgh Winter 
16 Non-Grandfathered 751 Med Annual-Low Wlnter 
17 Non-Grandfathered 141 Med AnnuaCHlgh Wlnter 
18 Non-Grandfathered 152 High AnnuaKow Winler 
19 Non-Grandfathered T42 High AnnuaFHigh Winter 
20 Non-Grandfathered Special Contracts 
21 
22 Residential 
23 SALES HLF CLASSES 
24 SALES LLF CLASSES 
25 Non-Grandfathered HLF CLASSES 
26 NonGrandfathered LLF CLASSES 
27 Grand Total 

Dedgn Day 
Forecast 

NH - 

%of 
Total 

Total 

Deslgn Day 
Base 
NH - 

Exdudas Deslgn Day Base 

Temperature 
Senslllve 

Deslgn Day % of 

MI IQM 

Schedule JAF-6 
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Schadule JAF-7 Northern Utlllties - NEW HAMPSHIRE DIVISION 
. 

Slrnpllfled Market Based Alloctor (SM BA) Calculations 
SENDOUT BY CLASS 

1 ESTIMATED SENDOUT BY ClASS 
2 m m  
3 

TOTAL Wlnter Summa I % In Wlnter 1 
5 
8 Ra Heat 
7 R a G e m r d  
9 G50 Low A m a U o w  Wlnler 
10 G4O Low Annu- Wlnler 
11 G51 Med ~ n n u a ~ &  Wlnlsr 
12 G41 Med AnnuaCHgh Wlnla 
13 G52 k h  Annuallmv Wlnla 
14 G42 &h AnnuaCMah Wlnlu 
ra  NonO;sodtahcnd im ~ & ~ m u d ~ o w  wlnta 
18 Na)-Or&alhaed 740 Low Annual-Hgh Wlnlu 
17 Non-Grandfalhered T51 Mcd ~ r m u a U w  Wlnlu 
18 W r m d l a l h e r e d  T41 Med AnnuaCHIgh Wlnler 
19 NorrGrmdfalhend 752 Hlgh Annua l lw  Wlnln 
20 Wrandfa lhered T42 li+jh Annual-Hlgh Wlnler 
71 - .  
22 TOTAL 
23 
24 Rasldentlal 
25 SALES IKF  CUSSES 
28 SALES LLFCLASSES 
27 Ncm-Grandfalhned M F  CLASSES 
28 NowGrandfalhered LLF CLASSES 
29 
30 
31 BASE SENDOUT BY CLASS - T h ~ m n  
32 July A y l  Dally Avasga 
33 
34 
'I6 

44,619 
w II II a 11 w at )O IT 31 I I, 

I Nw-07 Dec-07 Jan48 Fob-08 Mar48 Apr-08 M q 4 7  Jun-07 Ju147 Au9-07 Sap47 Ocl-07 TOTAL WlNTER SUMMER -- 
38 R a  Haat 
37 ReSGrna-al 
38 050 Low AnnuaHw Wlnler 
39 G4O Low AnnuaLHgh Wlnln 
40 G51 Med AnnuaCLow Wlnln 
41 641 Md Annual-Hlgh Wlnler 
42 G52 Hlgh AnnuaCLow whter 
43 G42 High Annual-Hlgh Wlnter 
44 NaGrandfalhered T50 Low Amual-Low Whln 
45 Ncm-Grandlalhered T40 Low AnnurHIgh Winler 
48 Non.Grandalhered T51 Med Annuallow Wlntar 
47 Wrandfathered T4 1 Mcd Annual-High Wlnler 
48 Non-Grandfathered T52 Hlgh AnnuaCLow Wlnler 
49 Non-Grandfathered T42 Mgh Annual-Mgh Wlnla 
50 
51 TOTAL 
52 
53 Rafdsn(ld 
64 SALES K F  CLASSES 
55 SALES LLF CLASSES 
56 Wrand(athered HLF CLASSES 
57 NorrGrandfalhasd LLF CLASSES 



Northern Utllltles - NEW HAMPSHIRE DIVISION 
. 

Slmpllfled Market Based Alloctor (SMBA) Calculatlons 
SENDOUT BY CLASS 

1 REMAJMNO SENDOUT BY CLASS - T h a r  
2 
3 
4 
5 
6 RcJF*nt 
7 ResOsnaa( 
9 G50 Low AnnuaKow Wlntu 
10 G4O Low AnnuaCHgh Wlnter 
11 G51 Med Annuallow Wlnler 
12 641 Med AnnuaMlgh Wlnler 
13 G52 Mgh Annuallow Wlnter 
14 G42 Hgh AnnuakHtgh Wnter 
15 NonGrandlathered T50 Low ArmvsKow Whtaf 
18 NaFGrandfalhend T40 Lou Annual-Hlgh Wlntu 
17 NorrGrandfathered T51 Med Annuallow Wlnter 
18 Non-Grandfathered T4l Med Annual-Hlgh Winter 
19 NorrGrandfalhered T52 Hlgh Annuallow Wlnler 
20 NaFGrandfalhered T42 Hgh Annual-HQh Wlnter 
21 
22 TOTAL 
23 
24 R~?denllal 
25 SALES M F  CLASSES 
28 SALES LLF CLASSES 
27 NonGrandfalhered HLF CUSSES 
28 Wmndfalhered LLF CLASSES 
29 
30 

I Nw-07 Dec-07 Jan48 F e w 8  Mar48 Apr-08 May47 JunO7 JuI-07 Aug-07 Ssp47 Oc147 TOTAL WINTER SUMMER [ 
































































































































































































