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HB 1678-FN-ASINT~tOIjucED
~J ~/; ~ ~ ~ ~Page 7-

~ ~
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~ROMFi~]
~~T673-FN ~FISCAL NOTE

AN ACT relative to the reduction of mercury emissiops.

ATTACIIMEWf B

METHODOLOGY:
The Department of Environmental Services (DES) and the Public Utilities Co~mission (PUC)

state this bill intends to reduce mercury emissions from Merrimack Station, a coal burning

electric generation plant in Bow, New Hampshire, currently owned by Public Service Company

of New Hampshire (PSNH). As required, PSNH would install a wet flue desuiphurization

scrubber system at the plant. The technology would significantly reduce the plant’s sulfur

dioxide emissions and is expected to reduce the plant’s mercury emissions by at least 80%, The

equipment is to be installed no later than July 1, 2013, PSNH estimates that the installation

will be at a cost not to exceed $250 million in 2013 dollars or $197 million in 2005 dollars, Any

rate impact, therefore, would most Likely be felt afinr the period of time identified in this fiscal

note, In assessing the rate impact for the control equipment, the $250 million would be offset to

some degree by savings resulting from PSNH’s reduced need to purchase sulfur dioxide

allowances, and additional revenues, as PSNH would be able to ~eU excess ~ulfur dioxide

allowances if it achieves greater than 80% mercury reduction. Based on PSNH’s estimates, the

coat charged to the state, counties and localities In the first year of operation of the scrubber

system would be approximately $1.9 million. After 10 years of operation, those entities would

experience a net savings of approximately $500,000 per year. PSNH analyzed S different oost

impact scenarios based on a low ($573/tob), moderate ($1,073/ton), and high ($1,573/ton) 802

allowance price. DES states that the current price exceeds $1,460/ton. At the current price,

over the 10-year time period, the project should result in net savin~s to PSNH.

.1

L13A0
06-2816
12712/05

FISCAL IMPACT:

The Department pf Environmental Services and the~’PuNfc Utilities Commission stated this bill

will have an indeterminable impact on state, county and local expenditures in future years.

There will be no fiscal impact on state, county and loCal rCvenue,
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RE 1673-Fl’i - AS AMEND1i~D ~ ~~HD HOUSE
22Mar2006... 0936h V

2O0f~ SESSION
V V 06-2816

V V V Q6/03

H~USE BILL 1673-FN

AN ACT relative to the red tion of iiiercury emissions,

SPONSORS: V Rep. Ross, Hills 3; Rep. Slocum, Hills 6; Rep. Kaen, Straf 7; Rep. Phinizy, Sull
V 5; Rep. Maxuield, Merr 6; Sen. Green, Diet V~; Sen. Johnsdn, Dist2; Sen.

V V Burling, Diet 5; Sen. Odell, Diet 8; Sen. Hassan, Diet 23 V V

COMMITIEE Science, Technolog~ and Ei~er~’

ANALYSIS V V

This bill provides for an 80 percent reduction of mercury emissions from coal-burning
power plants by requiring the installation of scrubber technologr no later than July 1, 2013
and provides economic incentive~ forearlier installation arid greater reductions in emissions.

Explanation: V V Matter added tecurre~it law appears iii bold (tãNes.
Matter rem~ved from current law appears~ V V

Matter whlc’h is either (a) all new or (b) repealed and rcenacted appears in regular type
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Data Request TC-03
Dated: 08/24/2012

Q-TC-01 5
Page 2 012

HB 1673-FN- AS AMENDED BY THE HOUSE
-Pages

LBAO
06-2816

• 12/12/05

-. HE 1573-FN-FISOAL NOTE
AN A~T reladveto the reduction of mercuiy emisthons.

FISCAL IMPACT: .:

The Departmenf of Environrnehtal Services and the Public Utilities Commissiob stated

this bill will have an indetermihable inthact on state, county arid local expenditures in

future years. There tviu be no fiScal impilct on state, county and local revenue

METHODOL,OGY:

The Department of EnvirSnm~dtaJ Services (DES) and the Public Utilities Commission

(PUC) state this bill intends to ieduce merculy emissions from Merrimack Station, a coal

burning eiecmic generatvin p~5nt in Bbw, New Hampshire, currently owned by Public

Service Company of New HampShire (PSNH). As required, PSNI-l would install a wet flue

desulphurization scrubber system at the olant, The technolo~’ would significantly reduce

the plants sulfur dioxide emissions and is expected to reduce the plant’s mercury

emissions by at least 80%, The equipment is to be installed no later than July i, 2013,

PSNH estimates that the installation will be at a cost not to exceed fl250 million in 2013

dollars or ~197 million in 2005. dollars. Any rate impact, therefore, would most likely be

felt after the period of time identified in this fiscal note. In assessing the rate impact for

the control equipment, the $250 million would be offset to some degree by savings

resulting from PSNH’s reduced need to purchase sulfur dioxide allowances, and additional

revenues, as PSNH would be able to sell excess sulfur dioxide allowances if it achieves

greater than 80% mdrcury reduction, Based on PSNH’s estimates, the cost charged to the

state, counties and localities in the first year of operation of the scrubber system would be

appro~mately $3. .9 million. After 10 years of operation, those entities would experience a

net sa~ngs of arproximataly 8500,00.0 per year. PSNH analyzed 3 different cost impact

scenarios based on a low ($573/ton), moderate ($1,073/ton), and high ($1,573/ton) S02

allowance price, DES states that the current price exceeds $1,400/ton. At the current

price, over the 10-year time period, the project should result in net savings to PSNH.
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ATTACHMENT 2

ATTACHMENT C

The State of New Hampshire

Department ofEizviroizrnentczl Sen~’ices

Michael P. NoUn - .-~

Commissioner ~,-~ ~

~
January 12, 2006 .— — —

Wit ~~
L__~_

The Honorable Lawrence C. Ross, Chairman ~ROM_FN~J
New Hampshire House of Representatives
Science, Technology and Energy Committee’
Legislative Office Building, Rodm 304
Concord, New Hampshire 03301

Re: ~ 1673 - An Act Relative to Emission Reduction Standards as Required by the Clean Power
Act

Dear Chairman Ross and Members of the Committee:

Thank you for the opportunity to provide testimony in support of HE 1673 which seeks to reduce
mercury emissions from affected fossil fuel burning power plants within New Hampshire, In accordance
with the requirements of RSA 125 -0, the “Multiple Pollutant Reduclion Program “, the New Hampshire
Departhient of Environmental Services (DES) made a recommenthtion to the Legislature on March 31, 2004
to p[ace a cap on mercury emissions from these facilities.

Last year, the NH Senate passed SB 128 which contained similar mercury reductions as those
contained in HE 1673 During committee hearings in the NH Senate and. in the NH House, the public outciy
and the expert testimony for controlling mercury emissions from our state’s coal-fired power plants sent a
clear message that significant mercury emission reductions must be ntade, but there were questions as how to
best accomplish this task, Over the summer,PSNB in consultation with DES, performed tests with carbon
injection control technology and researched the facility’s ability in install wet scrubber technology. The
results of this work led to the conclusion that while carbon injection can produce quick mercury emission
reductions, the installation of the wet scrubber technology produces superior environmental benefits. PEE
1673 is the product of months of discussions between Public Service Company of New Hampshire (PSNH),
DES, the Office of Energy and Planning, the New Hampshire Governor’s Office, and environmental ~oups
that sought aggressive levels of mercury reductions while minimizing cost impacts on electrical ratepayers.

in order to best protect our citizens and environment from excess mercury emissions and to address
the biological “hot spots” documented to exist within our state, we feel a successful mercury bill must meet
three goals. First, it must reduce emissions as quickly as possible. Second, the chosen technology used must
achieve the greatest mercury reduction technically feasible. And third, the technology must beimplemented
in a way that maintains our electrical reliability and affordability, without shifting production to upwind
states,

HE 1673 meets these goals with the creative use of incentives and the aggreasive application of
technology. Early reduction will be achieved through additional testing of carbon injection technology with
subsequent ongoing implementation on the most successful application of this technology, Critical to the
success of this bill is the requirement that wet scrubber technology be installed on Merrimack Units I and 2

RO. Box 95, 29 Baron Drive, Concord, New Hampshire 03302-0095 4

DES Web site: www.desrih.gov
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Scic,ice, Technology andEnergy Committee Page 2
E,B 1673 Au Act Relctioe to M~cury Emission Reduction January 12, 2006

by July 1, 2013. The use of this technology not only reduces merducy very efficiently (greater than 90% in
most applications), but it is highly effective in removing sulfur di6xide~SO2) and small particles. This co
benefit of reducing three pollutants simultaneously withthe sam~equipment reduces implementation costs
by allowing PSNH to significantly reduce purchasing SO2 emission ailowinces, saving greater than an
estimated $25 million per year (2005$). Based on data shared b~ PSIdI-I, the total capital cost for this full
redesign will not exceed $250 million dollars (2013$) or ~l97 n’iilhion (2005$~,a c~stthatwil1 be fully
raragated by the savings in SO~ enussion allen ances Finally ~ 1’ tIe the scrubber technology has been
demonstrated to achieve higher levels of mercuiy reductions than initially called for:in this bill, the bill
contains a requirement that tightens the required reduction rate t6 the lëira[thtit is actüall~adhieved ‘and is
sustainable by the scrubber technology. Application of the reqqirements iii thin wayrdduc~s project risks
while still achieving full envirormientil benefits.

Once completed, the mercury’ reduction requirements ofHB 1673 should. bring annual power plant
emissions down to below 32 pounds per year and quite possibly below the 24 pound cap envisioned in the
former SB 128. Further, 1~ 1673 is clearly more strict than the federal Clean Air Mercury.Rule, that may
have to be implemented here in New Hampshire with its. own associated Costs begh’ming in 2010, if no other
altemative such as an enacted NB 1673 is proposed to EPA ~rior to Ndvember,2006, lIE 1673 is. consistent
with.state mercury programs in Connecticut, Massachusetts~ New Jersey, and Indiana, as well as regional and
national recommendations made by the Stani arid Territorial Air Pollution. Progr’arn.’Adiniristratoj-s and
Association of Local AfT Pollution Control Officials (STAPPAJALAPCO)~’th5 Nottbeast States for
Coordinated Air Use Management (NESCALTM), and the Ozone Tratisport COmmission (OTC) for mercury
Maximum Achievable Control Technology (M~ACT). Consistetit with the amended SB 128, NB 1673 does
not allow trading of mercury emission credits. ‘

If passed~ this bill will be technically challenging to imolement because the existing configuration of
the boilers, stacks, and air pollution control equipment at Merrimack Staflori doCs not eatily lend itself to
ins,al1 at’ on of adactional equipn’er’t Due to physical co’nsfrau’ita, instatlation of additional eouiumert to
optimally reduce mercury emissions would require major renovatiotiti’ PSNH ha~ workCd har~ to find
creative solutions to these issues so that operations can be maintained ‘ivhile constructing anti t~ining the
required oo~itrol equipment. ‘ .

DES is committed to working with the Legislature to deveiop.a prudent course of action to further
reduce mercury emissions. Should any members have questions dr need additional information regarding
these recommendations, please feel free to cbntact Robert R, ScOtt, Air Resources Division Director, at 271-
‘1088 or me at271-2958. . ‘

RSincT~lY,i/~

‘~ I \ I ~ 1/ ~\ “i
~ \ ‘~ ~)

~chael P. Noliii
ComrniCsioner ~

cc: NB 1673 Sponsors
ScienCe, Technology and Energy Committee Members
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ATTACHMENT D

The State of New Hampshire

-~ Department ofEnvironmental Services
.~ 7—~_ -‘

~ NHDES
Michael P. Nolin

Commissioner

April II, 2006

The Honorable Bob Odell. Chairman
New Hampshire Senate
Energy and Economic Development Committee i /
Legislative Office Building, Room 304
Concord, New Hampshire 03301

Re: HB 1673 - An Act Relative to Emission Reduction Standards as Required by the Clean Power
Act

Dear Chairman Odell and Members of the Committee:

Thank you for the opportunity to proyide testimony in support of 1-113 1673, which seeks to
reduce mercury emissions from affected fossil fuel burning pov’er plants within New Hampshire. i-lB 1673
is the result of several months of discussions betvieen Public Service Cornpimy of New Hampshire (PSNH),
DES, the Office of Energy and Planning, the New Hampshire Governor’s Office, interested members of the
General Court, and environmental advocacy organizations. DES’s goal in these discussions was to seek
aggressive levels of mercury reductions while minimizing cost impacts on electrical ratepayers. Thi~ bill
achieves these goals, and provides additional environmental co-benefits of reduced local sulfur and
particulate emissions.

While DES can appreciate the concerns some have expressed for greater reductions in a shorter
timefrarne, we remain steadfast that this bill represents a thoughtful balance of environmental and economic
concerns, it delivers significant, yet practicably achievable reductions in a reasonable tirneframe, and
includes meaningful incentives for additional reductions beyond the bill’s specified minimum and/or early
action to reduce emissions, Eliminating flexibility in the required reductions and schedule will do little to
provide actual environmental benefit, and yet may be detrimental to project financing We believe this
package of an aggressive, yet realistic reduction target /schedule and economic incentives achieves ou~ goals
for meaningful environmental benefit, maintaining electricity supply stability, and reducing financial risk and
subsequent ratepayer impact.

if passed, this bill will be technically challenging to implement because the existing configuration of
the boilers, stacks, and air pollution control equipment at Merrimack Station does not easily lend itself to
installa;iorr of additional equipment. Due to physical constraints, installation of additional equipment to
optimally reduce mercury emissions would re~uire major renovations, PSNH has worked hard to find
creative solutions to these issues so that operations can be maintained while constructing and testing the
required control equipment. We feel that 2013 represents a practicably achievable goal given these
constraints, The specified technology has the potential to achieve reductions well beyond the minimum
requirement of 8034 from all affected sources (including PSNH~Sch4ller Station units). However, the bill
contains significant incentives and safeguards to ensure higherteductions if achievable.

p.0, Box 95, 29 Ha2en Drive, Concord, New Hampshire 03302-0095
Telephone: (603) 271-1370 • Fax: (603) 271-1381 TDD Access: Relay NH 1-800-735-2964

- _____ _____
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Sgnafar Bob Odell, Chairman, Senate Energy and Economic Developnie;:r Conunmee Page 2
RB 1673.. An Act Relcth’a to ,Wercurv EmLcstnn J?~ductthn A art! II, 2006:

This bill ultimately results from the requiremenis of HB 284 (passed in the 2002 session), commonly
referred to as the New Harn~shire~Clean Power Act. In accordance with the requirements 0FRSA 125-0 (as
established by HB 284) the “MuULbIe Pollutant Reduction Program “, the New Hampshire Department of
Environinen.tal Services (DES) made a recommendation to the Legislature on March 31,2004 to place a cap
on mercury emissions from these facilities in response last year, the NH Senate passed SB 128 which
codtainéd similar ~nei-uufy tedootiohf as those contained in HE 1673, .~.

During committee hearings in both th~ Senate and in the House, the public outcry and the expert
testimony for dontrolling mercury en~iiss~ions fi~om our state’s coal-fired ~owei~ ~länts~ént.a clear message
that significant mercury emission’reductjons miast be made, There were questions, however, as to how best
to accon plish this tasL Over the summer,. PSNH in consultation with DES, perfo~rned tests with carbon
injection cbn&ol teChnolog~ and rese bed th~ facility’s dbilityfo itistali wet schibber techdoloay. The
results of this work led to the conclusion that wl’ile carbon injection can produce quick merc~iry emission
reductions, the installation of the wet scliibbeiL.technology produces ~uperior eñvirodn~entdl benefits at a
lower overall cost

In order ~to best protect ou citizens and environment f~orn,excessñtdreury emissions.and to address
the b’ological’hot spots documented to exist~within our state, we feel a successfi~I mercury bill must meet
thiee goals First it must reduce emissions as quickly as possible Second, the chosen technology used must
achiase the greatest mercury reduction, technicaliy feasible And third the technology must be implemented
in a wiy t’iat maintains our electrical reliabilits and affordability, without shifting proauction to upwind
states. . . .. . ...

1dB 1673 meets these goals with the creatr,. e use of Incenuves and the aggressive appi~cation of
technology Early reduction will be achieved througn additional testing of carbon injection technology with
ubsequent ongoing implemen~ation on toe most successful application of this technology Critical to the
uccess of this bill is the requirement that wet scrubber tecl’nologv be installed on Merrimack Units I and 2

by July 1,2013 inc use of this technology not ~nlyceduces mercur~n very efficiently (potentially greater
than 90% in mast applications) but it is highly erfective in removing sulfur dioxide (SO2) and small
carticles Thi5 cc beric.fit ofreducipgthi~ee.poilutants simultaneously with the same equipment reduces
implemenLation costs b~ allowing PSNH to significantly reduce purchasing SO2 emission allo.wances Based
on data shared by PSNH, the total capital cost for tnis full redesign wilt not exceed $250 million dollars
(20135) or S 197 million (200~$), a cost that will be fully mitigated by the savings in SO~ omission
allowances Finally while the scrubbes technology has been demonstraLed to achieve higher levels of
mercury reductions than initial1y called for in this bill, the bill contains a requirement Lhat tightens the
requi~ed reduction rate o the level tam is actually achieved and is sustainable by the scrubber technology
Application of the requirements in this way reduces p~oJect risks while still achieving full en~ironmental
benefits

Furth~~r, FIB 1673 is clearly more strict than the federal Clean Air Mercury Rule, that may have to be
implemented here in New I4ampshire with us gwn associated costs beginniog in 2010, if no other alternative
such as an enacted HE 1673 is proposed fo ~ prior to November 2006 1dB 1673 is conststent with state
mercury programs in Connecticut, Massachusetts New Jersey, and Indiana,. as weit as regional and national
recommendations made by the State and Terrkorlal Air Pollution Program Administrators and Association of
Local Air. Pollution Contrd[ 0fficials(STAP~JALApCO), the Nortbeast Sthtes foY Cdbrdiñ~dAir Use
Management ~NESCAUM); and the Ozone Ti~nsport Commission (OTC) for mercury Maximum
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Senator Bob Odell, C~hairnwn, Senate Energy and Economic De~eloprnant C’onwiittee Page 3
HB 1673-An Act Relative to iWeroure Emission Reduction

Achievable Control Technology (MACT), Consistent with the amended SB 128, RB 1673 does not allow
trading of mercury emission credits.

DES is commitredto working with the Legisla~ireto develop a prudent course ofacHonto ~her
reduce mercury emissions. Should your committee members have questions or need additional information
regarding these recommendations, please feel free to contact Robert R. Scott, Air Resources Division
Director at 271-1088,

Sincerely,

~ Mich~.e1 P. Noun
Commissioner

cc: HB 1673 Sponsors
Senate Energy and Economic Development Commfttee
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N,N,P,Uj~, Case ft 1 ~ A I I ACHMEN I

ExNbit~

FROM FILE

Public Service Company of New Hampshire Data Request TC-02
Docket No. DE 11-250 Dated: 06/1812012

Q-TC-003-SPOI
Page 1 of 41

Witness: William H. Smagula, Terrance J. Large
Request from: TransCanada

Question:
Please provide copies of any and all documents that PSNH or any of its employees, officials,
representatives, agents or lobbyists provided to DES, any legislator or any state official to support the
statement in DES Commissioner Michael Nolin’s January 12, 2006 letter to the House Science,
Technology & Energy Committee in support of HE 1673 to the effect that the costs of the scruboer will be
fully mitigated by the savings in S02 emission allowances.

Response:
Please see the attached documents. Also see the response to TC-02, Q-TC-003,
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Data Request TC-0’~
Dated: 06/18120

Q~-TC-003-SP6.
Attachment 1
Page 2 of 41

NH Senate BW 128
Proposed Amendment

Framework
Key Ta’king Points

October, 2005

D raft
for Discussion Purposes

1
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Da~ RequeM TC-O°.
Dalet 06flW20

O-TC-OO3-SP~.
-~ I
Page4ot4l

Scrubber Technology
• Best known commercially available technology today to

remove mercury
• Installation price tag not to exceed $250M
• Scrubber Technology addresses multi-pollutant strateQy

by reducing other emissions, in particular S02, achieving
an environmentally superior and more cost effective
solution.

• Coal-fired plant owners required to remove a minimum of
80% of total mercury input as measured at coal fired
boilers

• Scrubber project has a long lead time to permit,
construct and test before operations; therefore incentives
have been created to expedite in-service date insofar as
possible

• Incentives have been created to encourage reductions of
greater than 80%

3
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Data Request TC-0~
Dated: 06/18/20

Q~TC~003-SP0
Attachment 1
Page 9 of 41

Costs

• Total project capital costs should not
exceed $250M (in year 2013 dollars)
Amortization of the investment and
operational costs will be offset by
reductions in S02 Allowance purchases
required by NH Clean Power Act

• Costs in early years following installation
are further reduced by incentIve provisions
of NH Clean Power Act for S02 reductions

8
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Data Request TC-04
Dated: 08/31/2012
Q~TC-013
Page 1 of 5

AT I’ACHMENT 4

Witness:
Request from:

William H. Smagula
TransCanada

Question:
Reference page 16, line 10, of Mr. Smagula’s June 15, 2012 prefiled testimony in this docket,
please provide copies of any and all “published cost statements” that have been issued in
connection with the scrubber project since its inception.

Response:
The Clean Air Project Team published three cost estimates. These updated estimates are presented in
the company’s Form 10-Q quarterly filings attached below, The Clean Air Project Team presented a site
specific cost estimate of $457 million in May 2008 which was approved by NUs Board of Trustees in July
2008. The Clean Air Project Team updated the estimated project cost to $430 million in the second half
of 2010. A third and final update in the first half of 2011 estimated a project cost of S420 million.

Eh~bft~ ~f)’~

Public Service Company of New Hampshire
Docket No. DE 11-250
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AI’TACF{MEN’f 5June 2008 Form 10-Q ~NAL

~rn~t ~
l0-Q I june2008forml0qfinalhtm FORM I0-Q

-: Northeast
Utilities System

UNITED STATES SECURITIES AND EXCHANGE COMMISSION
WASHINGTON, D.C. 20549

FORM 10-Q

~xj QUARTERLY REPORT PURSUANT TO SECTION 13 OR 15(d) OF THE
SECURITIES EXCHANGE ACT OF 1934

For the Quarterly Period Ended June 3(), 2008
OR

[1 TRANSITION REPORT PURSUANT TO SECTION 13 OR 15(d) OF THE
SECURITIES EXCHANGE ACT OF 1934

For the transition period from _____________ to _____________

Commission Registrant; State ofincoiporation; I.R.S. Employer
File Number Address; and Telephone Number Identification No.

1-5324 NORThEAST UTILITIES 04-2147929
(a Massachusetts voluntary association)
One Federal Street
Building 111-4
Springlield. Massachusetts 01105
Telephone: (413) 785-5871

0-00404 TIlE CONNECTICUT UGHT AND POWER COMPANY 06-0303850
(a Connecticut corporation)
107 Selden Street
Berlin. Connecticut 06037-1616
Telephone: (860) 665-5000

1-6392 PUBLIC SERVICE COMPANY OF NEW HAMPSHIRE 02-0181050
(a New Hampshire corporation)
Energy Park
780 North Commercial Street
Manchester, New Hampshire 03101-1134
Telephone: (603) 669-4000

0-7624 WESTERN MASSACIIUSETTS ELECTRIC COMPANY 04-1961130
(a Massachusetts corporation)
One Federal Street
Building 111-4
Springfield. Massachusetts 01105
Telephone: (413) 785-5871

llLtp://www.sec.gov/Archives/edgar/data/23426/000007274 10800021 5/june2008form I Oqfi... 7/18/2013

~M FfLE
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June 2008 Form 10-Q Page 105 of 161

Our second major project ofNEEWS is the interstate Reliability Project, which is being designed and built in coordination with
National Grid, NUs share of this project includes a 40-mile 345 KV line from Lebanon, Connecticut to the Connecticut-Rhode Island
border where it would connect with enhancements National Grid is designing, \Ve expect NUs share of this project to cost
approximately $250 million, and CL&P plans to filc siting applications with Connccticut by the end of 2008 with construction
beginning in 2010. We expect the project to be placed in service as early as late 2012.

The third part ofNEEWS is the Central Connecticut Reliability Project. which involves construction of a new line from Bloomfield.
Connecticut to Watertown. Connecticut. This line would provide us with another 345 KV connection to move power into southwest
Connecticut. where approximately half of the state’s electricity is consumed. The timing of this project would be six to twelve months
behind the other two projects, and CL&P expects to initiate the siting process in mid-2009 with construction beginning in 2011. The
project is expected to be placed in service in 2013 with a cwst ofapproxirnately $315 million.

included as part of NEEWS are approximately $210 million of reliability related expenditures. many of which may be incurred in
advance of the three major projects. CL&P and WI~.4ECO expect to begin filing siting applications related to some of these
expenditures later in 2008.

During the siting approval process. state regulators may require changes in configuration to address local concerns which could
increase construction costs. Our current design for NEE\VS does not contemplate any underground 345KV lines. Building 345 KV
lines underground would increase total costs, and our estimate could be increased during the siting approval process.

Dist,’ibution and Generation Segment: We now project a total of approximately $541 million of distribution and generation segment
capital expenditures for 2008. A summary of these estimated capital expenditures for the regulated companies’ distribution and
generation segments by company for 2008 is as follows (millions of dollars):

CL&P $ 299
PSNH 167
WMECO 35
Yankee Gas 40
Totals $ 541

On February 15. 2008, Yankee Gas and NRG Energy. Inc. entered into a settlement agreement. which among other things. enabled the
recovery of approximately $17.5 million of capital costs and expenses incurred by Yankee Gas related to an NRG subsidiary’s
generating plant construction project that has ceased. The previously reported Yankee Gas capital expenditures projection for 2008
decreased from $56 million to approximately $40 million primarily as a result of the accounting adjustment recorded in the first half
of 2008 related to the settlement agreement.

A summary of distribution and generation segment capital expenditures by company in the first half of 2008 and 2007 is as follows
(millions of dollars):

For the Si~ Months Ended June 30,

2008 2007

CL&P $ 131.6 $ 128.0
PSNI’l 69.4 56.3
WMECO 15.9 16.4
Yankee Gas 6.2 29.1
Other 0.3 0.1
Totals $ 223.4 $ 229.9

The first half of 2008 capital expenditures at Yankee Gas were reduced by the $17.5 million accounting adjustment described above,
while the first half of 2007 capital expenditures included $9.3 million spent on its $108 million liquefied natural gas (LNG) storage
and production facility in Waterbury, Connecticut, which was placed in service in July 2007.

As mandated by New I-lampshire statute. PSNI-t plans to install a wet scrubber at its coal-fired, two-unit base load Merrimack plant in
Bow. New Hampshire (Clean Air Project). PSN1-l now estimates that the Clean Air Project will cost approximately $457 million,
compared with its initial estimate of $250 million, which will be recovered through PSNH generation rates under the statute. This
revised estimate includes significant increases in the prices for materials. construction services and engineering services required to
design and build the scrubber and associated plant. The Clean Air Project is expected to reduce the Iwo units’ mercury emissions by
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approximately 85 percent and sulfur dioxide emissions by more than 90 percent. as well as allow PSNH to avoid the purchase of
30,000 sulfur dioxide credits required to be purchased annuall. PSNH expects to start construction on this project in 2009. and under
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New Hampshire statute, the scrubber must be operational by July 2013. The first half of 2008 capital expenditures atPSNH include
$5.8 million in costs related to this project.

Strategic Initiaiives: We are evaluating certain development projects that would benefit our customers, such as new regulated
generating facilities, investments in wide-spread advanced metering infrastructure (AMI) systems, and transmission projects to better
interconnect new renewable generation in northern New England and Canada with southern New England, as well as interconnections
within New Hampshire. i’he estimated capital expenditures discussed above do not include expenditures related to any of these
strategic initiatives.

Among the projects w’e are evaluating is construction of new transmission upgrades in northern New Hampshire to support the
addition of 400 MW of new renewable generation (including potential wind and biomass generation), along with other upgrades to the
New England transmission system. As our next step in the process of identifying potential solutions to the region’s energy and
environmental needs, on March 31, 2008, we filed a formal request with ISO-NE to analyze potential increases in the North-South
high voltage power transfer capacity from New I lampshire into Massachusetts to deliver additional power from renewable and low-
carbon emitting resources in northern New England and Canada to southern New England. We requested that ISO-NE analyze the
best methods of increasing that capability by 1,500 MWto 2.500 MW. We expect the economic study of some of the above initiatives
by ISO-NE to be completed in 2009.

Transmission Rate Matters and FERC Reaulatorv Issues

CL&P. PSNH and \VMECO and nost other New England utilities, generation owners and marketers are parties to a series of
agreements that provide for coordinated planning and operation of the regions generation and transmission facilities and the market
rules by which these parties participate in the wholesale markets and acquire transmission services. Under these arrangements. ISO-
NE. a non-profit corporation whose board of directors and staff are independent from all market participants, has served as the
Regional Transmission Organization (RTO) for New England since February 1,2005, ISO-NE works to ensure the reliability of the
New England transmission s stem, administers the independent system operator tariff (iSO Tariff), subject to FERC approval.
oversees the efticient and competitive functioning of the regional wholesale power market and determines which portion of the costs
of our major transmission facilities are regionalized throughout New England.

Transmission - Wholesale Rates. Wholesale transmission revenues are based on formula rates that are approved by the FERC, Most
of our wholesale transmission revenues are collected under the ISO-NE FERC Elcetric TariffNo. 3. Transmission. Markets and
Services Tariff (Tariff No. 3). Tariff No. 3 includes RJ”4S and LNS rate schedules to recover fees for transmission and other services.
The RNS rate, administered by ISO-NE and billed to all New England transmission users, is reset on June 1a of each year and

recovers the revenue requirements associated with transmission facilities that benefit the New England region. The LNS rate, which
w’e administer, is reset on January l’~ and June 1a of each year and recovers the revenue requirements for local transmission facilities
and other transmission costs not recovered under the RNS rate, including 50 percent of the CW1P that is included in rate base on the
remaining three southwest Connecticut projects (Middletown-Norwalk. Glenbrook Cables and Long Island Replacement Cable). The
LNS rate calculation recovers total transmission revenue requirements net of revenues received from other sources (i.e., RNS, rentals,
etc.), thereby ensuring that we recover all regional and local revenue requirements as prescribed in Tariff No. 3. I3oth the RNS and
LNS rates provide for annual true-ups to actual costs, The financial impacts of differences between actual and projected costs are
deferred for future recovery from or refund to customers. In the second quarter of 2008, under the terms of Tariff No. 3, NU
recovered $23 million of the 2007 underrecovery and deferred an underrecoverv of $21 million for differences in the second quarter of
2008. As ofJune 30, 2008, the LNS rates were in a total underrecovery position of approximately $34 million, which will fluctuate
period to period. On June 1, 2008, the RNS rate and LNS rate were increased to reflect true-ups for historical costs and to reflect
forecasted capital expenditures. We believe that these rates will provide us with timely recovery of transmission costs, including costs
of our major transmission projects.

FERC I?OE Decision: As a result of an order issued by the FERC on October 31, 2006 relating to incentives on new transmission
thcilities in New England (Initial ROE Order), we recorded an estimated regulatory liability for refunds in 2006. In 2007, we
completed the customer refunds that were calculated in accordance with the compliance filing required by the Initial ROE Order, and
refunded amounts to regional, local and localized transmission customers.

On March 24, 2008, the FERC issued an order on rehearing of its initial ROE Order. in the rehearing order, the FERC. among other
things, increased the base ROE on transmission projects for the transmission owners from the 10.2 percent allowed in the Initial ROE
Order to 10.4 percent effective February 1, 2005 and reaffirmed its Initial ROE Order increasing the ROE by 74 basis points for the
period beginning November 1, 2006 in recognition of higher bond yields. The rehearing order also modified the FERCs Initial ROE
Order provision allowing 100 additional basis points for new transmission projects thatare built as part of the ISO-NE RSP by
limiting the 100 basis points adder solely to projects that are “completed and on line” by December 31, 2008. In order to receive
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2008 Annual Report of the

Legislative Oversight Committee on
Electric Utility Restructuring

(RSA 374-F:5)

November 1, 2008

Committee Members

Rep. Naida Kaen, Chair Sen. Lou D’Allesandro
Rep. John Thomas Sen. Deborah Reynolds
Rep. Michael Kaelin Sen. Martha Fuller Clark
Rep, Jacqueline Cali-Pitts Sen. Robert Letourneau
Rep. Gene Andersen Sen. Peter Burling
Rep. Richard Barry Sen. Bob Odell
Rep. Ryan Hairsen Sen. John Barnes

The committee met on June 18, 2008 to receive a report, as required by law (RSA
125-0:13), regarding progress toward achieving mercury reductions at the coal-fired
plant, Merrimack Station, which is owned and operated by Public Service Company of
New Hampshire (PSNI-{), a wholly-owned subsidiary of Northeast Utilities(NU) which is
headquartered in Connecticut. A similar meeting had been held at the conclusion of the
2007 legislative session at which members had been briefed regarding the history of air
pollution control at PSNH’s power plants, including the passage of HB 1673 in 2006,
which set the requirement that installation of a permanent scrubber was to be achieved by
2013, and which provided incentives for PSNH to achieve early reductions.

On June 18, 2008 the committee heard from PSNH regarding the experimental
activated carbpn iniec~tion project funded through a grant from the Department of Energy
(t)OE). This project haQ been undertaken in the hope of achieving early reductions of
mercury prior to the 201 3 scrubber installation. It was explained that two problems were
interfering with achievement of the hoped for 80% reduction, and that nothing greater
than a 50% reduction of mercury emissions was likely. As each particular plant and its
inputs of coal are unique. it had been impossible to predict the results in advance. In the
case of Merrimack station, the injection of two materials seemed to work best for
mercur~’ reduction, hu~ resulted in unacceptable operational problems including cl~gging
in parts of the boiler and smoldering in the precipitator.

PSNH thus concluded that proceeding with the scrubber installation is the only
remaining remedy. II was mentioned that there were some difficulties identified by the
project manager, URS ~Jreviousiy known as Washington Group), relating to the fact that
the two units “MKl” and “MK2” are so different in size. i.e. “mismatched units”. There
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was no cost information provided to indicate a significant departure from the prqjections
made in 2006, PSNH renorted that project costs would he updated with the review of
major equipment bids.

Attached is the handout that PSNI-l provided the Committee members at the .Tune 1 8~’~
meeting.

Respectfully submitted,

Rep. Naida Kaen, Chair
On behalf of the Committee
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PSNH LegislativeUpdate-June 18, 2OD~
Update relative to the reduction of mercury emissions at PSNH Coal Fired power plants as outlined in HB1 673.
As required by HB 1673 (RSA 125-0:13 Compliance- Paragraph IX) PSNH shall report by June 30, 2007 to the legislative oversight committee on electric utility
restructuring, and the chairpersons of the house science, technology and energy committee and the senate energy and economic development committee, on
the progress and status of:

0
0
0
0
C)
0

1) Achieving early reductions in mercury emissions:

DOE Mercury Reduction Project at
Merrimack Unit 2
Program Schedule Fall 06 — Spring 08

— Completed Parametric Testing Nov 2006
— Completed Long Term Testing April 1, 2008
— Used various combinations of sorbents to

assess effectiveness
— Varied rates of injections
— Varied location of injection points

Long term Test Evaluations
— Long term test — Fall 2007 thru March 2008
— Equipment performance
— Balapce of Plant Issues
— Mercury Removal Performance

• Measurement tools and methods
— Completed sorbent trap measurements
— Installed and monitored Hg CEMs

Results of Parametric tests
— Initial injection plan 10— 30%
— Enhanced injection resulted in a wide

variation of results
— Sustainable results will depend on the ability

to resolve balance of plant issues

2) Installing and operating the scrubber technology:

CLEAN A~R PROJECT UPDATE

• Engineering
— Projects defined in 5 major components
— Specifications developed for 4 key

components
Commercial and Purchasing

— Program Manager Hired Sept 2007
— Scrubber Island and Chimney proposals are

in negotiations
— Vendor Proposals requested and received for

Wastewater Treatment Facility and Material
Handling System

Review, Permits and Approvals
— NHDES — May 12 presentation
— Temporary Permit expected October 2008
— Town of Bow —Local permitting
— Regional Planning Commission

Site work
— Existing oil tank removed
— Site surveys and studies completed
— Warehouse construction underway
— On~site engineering facilities completed

• Schedule and Costs
— Tie-ins: MK#1 Fall 2012, MK#2 Spring 2013
— Project Costs will be updated with review of

major equipment bids
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Public Service Company of New
Ham PS hire
Docket No. DE 11-250

Data Request STAFF-.01

Dated: 12/30/2011
Q-STAFF-01 2
Page 1 of 75

Question:
Please provide copies of all reports to the Legislative Oversight Committee on Electric
Restructuring and other persons pursuant to the requirements of RSA 125-0:1 3IX.

Response:
The requested information is attached.

Witness:
Request from:

William H. Smagula
New Hampshire Public Utilities Commission Staff
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PSNH Legislative Update- June 18, 2008*
Update relative to the reduction of mercury emissions at PSNH Coal Fired power plants as outlined in HB1673.
As required by HR 1673 (RSA 125-0:13 Compliance- Paragraph IX) PSNH shall report by June 30, 2007 to the legislative oversight committee on electric utility
restructunng, and the chairpersons of the house science, technology and energy committee and the senate energy and economic development committee, on
the progress and status of:

1) Achieving early reductions in mercury emissions: 2) Installing and operating the scrubber technology:

DOE Mercury Reduction Project at
Merrimack Unit 2
Program Schedule Fall 06— Spring 08

— Completed Parametric Testing Nov 2006
— Completed Long Term Testing April 1, 2008
— Used various combinations of sorberits to

assess effectiveness
— Varied rates of injections

Varied location of injection points

Long term Test Evaluations
— Long term test — Fall 2007 thru March 2008
— Equipment performance
— Balance of Plant Issues
— Mercury Removal Performance

Measurement tools and methods
— Completed sorbent trap measurements
— Installed and rrionitored Hg CEMs

• Results of Parametric tests
— Initial injection plan 10 — 30%
— Enhanced injection resulted in a wide

variation of results
— Sustainable results will depend on the ability

to resolve balance of plant issues

Data Request STAFF-Ol
Dated: 12/30/2011
Q-STAFF-01 2
Atlachment 3
Page 27 of 28

CLEAN AIR PROJECT UPDATE

• Engineering
— Projects defined in 5 major components
— Specifications developed for 4 key

components
• Commercial and Purchasing

— Program Manager Hired Sept 2007
— Scrubber Island and Chimney proposals are

in negotiations
— Vendor Proposals requested and received for

Wastewater Treatment Facility and Material
l-landling System

Review, Permits and Approvals
— NHDES — May 12 presentation
— Temporary Permit expected October 2008
— Town of Bow —Local permiWng
— Regional Planning Commission

• Site work
Existing oil tank removed

— Site surveys and studies completed
— Warehouse construction underway
— On-site engineering facilities completed

• Schedule and Costs
— Tie-ins: MK#1 FaIl 2012, MK#2 Spring 2013
— Project Costs will be updated with review of

major equipment bids

*year corrected to reflect June 2008 update

0
0
0
0
0)



PSNH Legislative Update- June 26, 2007
Update relative to the reduction of mercury emissions at PSNH Coal Fired power plants as outlined in HB1 673.
As required by HB 1673 (RSA 125-0:13 Compliance- Paragraph IX) PSNH shall report by June 30, 2007 to the legislative oversight committee on electric utility
restwcturing, and the chairpersons of the house science, technology and energy committee and the senate energy and economic development committee, on
the progress and status of:

0
0
0
0
0)

1) Achieving early reductions in mercury emissions:

DOE Mercury Reduction Project at
Merrimack Unit 2
Parametric Testing

— September — November 2006
— Used temporary equipment set-ups
— Used various combinations of sorbents to

assess effectiveness
— Varied rates of injections
— Varied location of injection points

e Optimum plan for long term test
— Engineered and purchased equipnient for

long-term test and post DOE use
— Installed and commissioned new equipment
— Long term test — June to November 2007

Measurement tools and methods
— Completed sorbent trap measurements
— Installed and monitored Hg GEMs
— Identified testing methods for long-term test

including new EPA methods
~‘ Results of Parametric tests

— Initial injection plan 10 — 30%
— Enhanced injection plan scattering of

individual points between 30 — 60%
— Sustainable results to be determined during

long-term test

2) Installing and operating the scrubber technology:

Data Request STAFF-ni
Dated: 12/30/2011
0-Si AFF-012
Attachment 3
Page 28 0128

CLEAN AIR PROJECT UPDATE

Engineering
— Specifications developed for key components
— Possible Site plan layouts developed
— Equipment options identified
— Vendor lists and contacts established
— Industry impact of high number of scrubber

installations analyzed
Commercial and Purchasing

— Contract Strategy determined and approved
— Program Manager Specification written
— Program Manager out to Bid

Permits and Approvals
— Temporary Air Permit Application submitted to

NHDES-ARD June 7, 2007
— Town of Bow presentations and submittals

underway
— Company financing approvals initiated

Site work
— Existing oil tank removal completed
— Site surveys corn pletod
— South Yard studies completed
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Public Service Company of New Hampshire Data Request TC-04
Docket No. DE 11-250 Dated: 08/31/2012

Q-TC-01 7
Page 1 of 11

Witness: William H. Smagula
Request from: TransCanada

Question:
Please provide a copy of the July 2008 PowerAdvocate report for PSNH referenced on page 2
of attachment WHS-3.

Response:
Attached is the requested 2008 PowerAdvocate report.
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Data Request TC-04
Dated: 08/3112012

Q-TC-01 7
Page2of 11

Merrimack Station Clean Air Project
Cost Estimate Analysis

June 17th 2008

4~fl Power vo~ t~
Real Results for a Complex World

Power Advocate. Inc
55 Summer Street, 9~ Floor
Boston, MA 02110
Tel: 617.896,7500
Fax’ 617896 750c
w~wi.poweradvocate.com
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Clean Air Project Cost Estimate Analysis

Summary

As part of PowerAdvocate’s analysis of the Project Cost Estimate for Merrimack Station’s
Clean Air Project (CAP), site specific factors surrounding the design and construction of the
scrubber specific to this installation were scrutinized, along with the market forces
associated with capital construction projects in general and retrofit scrubber projects in
particular. The objective of this analysis is twofold:

1. Explain why Merrimack Station’s CAP’s cost estimate is on the high end of the cost per
kilowatt range for a complete FGD retrofit relative to similar FGD retrofit projects.

2. Discuss market forces behind capital construction project cost increases in the utility
industry, including retrofit scrubber projects, to better understand why Merrimack
Station’s CAP cost estimate has increased from an estimated $250M in 2006 to an
excess of $350M today.

Pow occte © 2008 PowerAdvocate, Inc. 2
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L Site Specific Factors

It should be clearly noted that the majority of FGD projects, for sulfur and mercury scrubbers
alike, exhibit substantial economies of scale once the absorber size reaches approximately
550MW. The costs for the majority of a project, both in procurement and construction,
increase exponentially for scrubber capacities that are less than this benchmark. It is not
uncommon to find a per-kilowatt cost for a 200MW absorber to be over twice the price of a
600MW unit.

Based on the most recent estimate provided by URS (Estimate), the direct cost per kilowatt
for the installed Wet FGD (WFGD) is approximately $775 based upon a nominal station
capacity of 458MW. Since this cost is above industry benchmarks, PowerAdvocate
analyzed different reasons for the discrepancy and created adjustment factors to bring the
scope of Merrimack’s CAP more in line with other similar projects. This approach allowed
for a more realistic “apples to apples” comparison. Through this comparison, PA determined
that a levelized cost for the CAP is approximately $580/kW, or a 25% reduction from per-kW
cost of $775. This adjusted cost is based upon applying assumed Impact percentages (i.e.
FGD Impact % = 10%) to the Estimate cost components for each of the site specific
components, which were then totaled and subsequently subtracted from the Estimate
resulting in the equalized $IkW. This adjusted cost falls within the benchmark range for
projects of this size as shown below in Table 2 and Figure 1, where market data indicates
that construction costs for wet FGD systems in the US have risen dramatically over the past
several years and are currently in the range between $250/kW and $654/kW (median
$467/k~ for similar sized systems.

The following table shows factors that were considered.

Site Specific Component Significant Discipline/Subsystemimpact? Affected
Mercury Scrubber Yes BOP Engineering/FGD

Asymmetrical Units to Single Absorber Yes BOP/FGD
Station Site Constraints Yes BOP/MH

. ~All-Subcontract Construction Basis Yes BOP Construction
~ Foundations No N/A

Limited Highway Access No N/A
Pressurized Cyclone Boiler Yes BOP Engineering

Table I CAP site specific analysis components

Further explanation of the methodology utilized in determining the costs (as shown in the
attached Design Differences spreadsheet, Appendix 1.1) associated with each factor are
described below. This list is not considered all-inclusive. A conservative approach was
employed due to other design variations for this system that could not be quantified:

Mercury Scrubber Merrimack’s CAP is designed specifically for Mercury (Hg) removal with
an added benefit of further reducing SO2 emissions. Most WFGD scrubbers in use and
under construction today are designed primarily for SO2 capture. The design differences for
this type of approach include additional Hg oxidation controls/consideration, increased
surface area of absorber bed, and increased contact time with flue gas to allow for full
reaction.

© 2008 PowerAdvocate, The. 3
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Asymmetrical Units Combining into a Single Scrubber This is the largest design
difference between Merrimack Station’s absorber and majority of similar sized systems in
the industry. Since Unit 2 is over twice the power of Unit 1 the flows and capacities of the
duct and induced draft system are different. In addition there are design aspects of
balancing unequal flows into the same duct channel that set this project apart from many
others.

Station Site Constraints Merrimack Station is located on the Merrimack River in central
New Hampshire. The eastern edge of the main plant is located within ±200 feet of the river
and there are several railroad spurs cutting North-South across, the station’s footprint. In
addition, the Material Handling design is slated to extend from the coal yard to the North,
down the East side of the power block to the absorber building to the Southeast. This will
require construction of components for the MH and other systems to occur in the restricted
space of the riverbank area directly above a rail spur.

All-Subcontract Construction Basis The CAP will be constructed without any direct hire
labor from the EPCm. All aspects of the project will be completed in Contract Packages
utilizing a General President’s Project Mainfènance Agreement (GPPMA) or National
Maintenance Agreement (NMA) with primarily local union personnel. This approach
simplifies management to a degree but also incurs a significant percentage mark-up to
cover each subcontractor’s overhead and profit.

Pressurized Cyclone Boiler Both coal combustion units at Merrimack Station are of the
pressurized cyclone type. This type of combustor can produce higher temperatures and
flows than similar pulverized coal combustors.’ Due to these operating characteristics,
further engineering may be required to ensure proper long-term operation.

Each of these factors contributes to the “uniqueness” of the CAP project when compared to
a more standard Wet FGD system. When, these attributes are summarized and used to
levelize the per-kilowatt cost, ‘Merrimack Station’s CAP is more in line with other projects of
similar size and scope.

© 2008 PowerAdvocate, Inc. 4
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. Capacity Project Cost1 Number In ServiceOther FGD Retrofits (MW) $IkW of Units2 Year

Project 1 600 $150,000,000 $250 1 2009

Project 2 557 $148,000,000 $266 1 2008

Project 3 446 $141,400,000 $317 1 2009

Project 4 364 $121,600,000 $334 1 2010

Project 5 556 $188,000,000 $338 1 2008

Project 6 556 $189,000,000 $340 1 2008

Project 7 576 $218,900,000 $380 1 2009

Project 8 305 $127,900,000 $419 1 2009

Project 9 576 $263,800,000 $458 1 2009

Project 10 390 $185,600,000 $476 1 2009

Project 11 416 $198,000,000 $476 1 2009

Project 12 550 $261,700,000 $476 1 2009

Project 13 571 $280,400,000 $491 1 2009

Project 14 363 $209,800,000 $578 1 2009

Project 15 405 $234,100,000 $578 1 2009

Project 16 320 $195,100,000 $610 1 2009

Project 17 500 $304,900,000 $610 1 2009

Project 18 350 $228,900,000 $654 1 2010

Merrimack Station 458 $354,931,538 $775 2 2012

Table 2. Projected Completion Costs by $IkW

1 Different retrofit FGD projects may have different components (i.e. PJFF, SCR, PAC, ESPs)
included or omitted affecting the final cost. There are other inputs to project costs including
geological and bathymetric factors as well as site-specific requirements such as the length of the
material handling system or pier work. In addition, Owner’s Costs have also been excluded from
this price

2. Number of combustion units serving a single absorber.

£~) PowerAduocctte
Roa~ Re,ulU icr a Ccrnfltex WOtId

© 2008 PowerAdvocate, Inc.
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Comparable Cost per kW

Data Request TC-04
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Page 7 of 11
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N. Capital Construction Project Market Trends1

Capital construction costs for new generation and transmission projects remain at historic
levels with no clear understanding of whether or not we have reached the peak due to the
recent volatility of costs associated with the supply market. This fact coupled with the
increased uncertainty around projected carbon regulations and the effects of a tight labor
market, the utility industry finds itself in a period of time where there seems to be no good
indicator for investment decisions. Costs have, in many cases, escalated more than 75%
since the year 2000, and ongoing pressure from global players such as China, India, and
the Middle East may only accelerate that escalation.

Capital construction costs for retrofit scrubber projects have increased by a modest 7.8%
within the last year, with only a 1.0% increase occurring between the third and fourth
quarters of 2007. Although the Construction Labor (78% increase since 2000) and
Engineering & Project Management (44% increase since 2000) categories combine to
encompass approximately 47% of the total retrofit costs, the cost driver behind the large
project increase is the Absorber (FGD Island), which has seen a 217% increase over the
same period. The demand for absorbers has increased dramatically over the last few years
as utilities perform retrofit projects to meet ongoing regulatory standards have to compete
with the increase in new coal plants domestically and internationally. Given this,
PowerAdvocate forecasts an average increase of 6.2% per year for the next five years for
retrofit scrubber project costs, which is slightly down from the 9.5% annualized historical
escalation rate over the past eight years.

As shown below in Table 3 and Figure 2, when this escalation forecast factor is applied to
the other FGD retrofits with earlier in service dates (2008 thru 2010), the Adjusted Project
Costs ($) and Adjusted $/kW increase thus increasing the median $/kW to be more in line
with Merrimack Station’s $580/kW. Prior to the escalation adjustment, the comparable
projects ranged between $250/kW and $654/kW (median $467IkVV); following the escalation
adjustment, the comparable projects ranged between $299/kW and $738/kW (median
$570/kW), a 22% increase. This escalation adjustment further explains why Merrimack
Station’s CAP’S cost estimate is on the on the high end of the cost per kilowatt range for a
complete FGD retrofit relative to similar FGD retrofit projects when you consider both the
uniqueness factors and the forecast cost escalation associated with retrofit scrubber project
costs.

l PowerAdvocate PADatasource Market Report, Construction Cost Indices for the US Power Market, Spring

2008

(4~’t PowerAdvocate
~,,i ~,on, ,oro~ C 2008 PowerAdvocate, Inc.
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Data Request TC-04
Dated: 08/31/2012

Q-TC-01 7
Page 9 of 11

Other FGD Retrofits Capacity Project Cost $/kW ~ In Service Adjusted

Project 1 600 $150,000,000 $250 1 2009 $179,665,549 $299

Project 2 557 $148,000,000 $266 1 2008 $188,260,749 $338

Project 3 446 $141,400,000 $317 1 2009 $169,364,724 $380

Project 4 364 $121,600,000 $334 1 2010 $137,145,830 $377

Project 5 556 $188,000,000 $338 1 2008 $239,142,033 $430

Project 6 556 $189,000,000 $340 1 2008 $240,414,065 $432

Project 7 576 $218,900,000 $380 1 2009 $262,191,925 $455

Project 8 305 $127,900,000 $419 1 2009 $153,194,825 $502

Project 9 576 $263,800,000 $458 1 2009 $315,971,813 $549

Project 10 390 $185,600,000 $476 1 2009 $222,306,173 $570

Project 11 416 $198,000,000 $476 1. 2009 $237,158,525 $570

Project 12 550 $261,700,000 $476 1 2009 $313,456,495 $570

Project 13 571 $280,400,000 $491 1 2009 $335,854,800 $588

Project 14 363 $209,800,000 $578 1 2009 $251,292,215 $692

Project 15 405 $234,100,000 $578 1 2009 $280,398,034 $692

Project 16 320 $195,100,000 $610 1 2009 $233,684,991 $730

Project 17 500 $304,900,000 $610 1 2009 $365,200,173 $730

Project 18 350 $228,900,000 $654 1 2010 $258,163,492 $738

Merrimack Station 458 $354,931,538 $775 2 2012 $354,931,538 $775

Table 3. Adjusted Projected Completion Costs by $!kW

1. Project cost in 2012 dollars (Merrimack Station in service year) assuming 6.2% escalation in prices
per year

2. $/kWin 2012 dollars

PowerAdvocci~e
Real Results tar a Cumples World © 2008 PowerAdvocate, Inc. 8
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Adjusted Comparab’e Cost per KW
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Figure 2. Levelized Cost for Projects of Comparable Size

(,~ PowerAdvocafe
Ro~i ~ ror o coo~eo wort~ © 2008 PowerAdvocate, Inc.
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Appendix 1.1 - Merrimack Station Design Differences from a Standard WFGD for SO2 Removal

Data Request TC-04
Dated: 08/31/2012

Q-TC-017
Page 11 of 11

URS
COST ENGINEERING

DESIGN DIFFERENCE IMPACT? IMPACT % SOP1 IMPACT % FGO IMPACT % MH IMPACT % COMMENTS
WFGO scrubber for Hg vs 602 Y 0% 5% 10% 0% Additional absorber engineering and construction needs

Asymmetrical Boilers Feeding Single Absorber Y 10% 8.5% 5% 0% More complex duct and flow design/Iwo units into one absorber
Station Site Constraints V 5% 5% 0% 10% Construction over railroad, confined area for MH

All Subcontract Construction Basis V 0% 3.9% 0% 0% Remove 21% markup from applicable estimate items2
Foundations N 0% 0% 0% 0% Foundations appear to be of relatively typical design

Limited Highway Access N 0% 0% 0% 0% Interstate 93 is relatively close via small secondary roads
Pressurized Cyclone Boiler Y 5% 0% - 0% 0% Increased flow and temperature considerations

20%
$4,256,960.20 $35,664,755.62 $15,008,229.00 $4,482,875.00

$17,027,840.80 $123,552,903.38 $85,046,631.00 $40,345,875.00

1 = SOP value is made up of direct SOP costs excluding home office engineering.
2= The BOP estimate was analyzed for URS’s 21% subcontract markup factor. This markup ($6.3M) was removed from applicable items and the percentage factor calculated based on the actual costs.

For this analysis the following values are assumed:
HO ENG= $21,284,801 Engineering + eng escalation

BOP= $159,217,659 BOP + (escalation - eng escalation)
FGD= $100,054,860
MH= $44,828,750

Total= $354,931,538

I Totals=
Cost Adjustment=

New Totals
~ Equalized $!kW=

22.40%

$580.73

15% 10%

0
0
0
0

0)
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Public Service Company of New Hampshire Data Request STAFF-02
Docket No. DE 11-250 Dated: 08/30/2012

Q-STAFF-002
Page 1 of 50

Witness: William H. Smaguta
Request from: New Hampshire Public Utilities Commission Staff

Question:
With respect to the increase in estimated costs of the scrubber project to $457 million
announced in 2008:
a. Please provide copies of all (i) communications, information and data of any kind and in any form

presented at any time by any person, including but not limited to employees and outside
consultants, to any PSNH or NU-affiliated management person(s) or board of directors/trustees
(including but not limited to management and directors’ committees and councils), including but not
limited to power point presentations, documents, reports, analyses, evaluations and opinions, in
any way concerning approving the $457 million estimate, making a decision about whether or not to
proceed with the scrubber project, or otherwise reacting to the increase in estimated costs.

b. Please also provide copies of all minutes or other record of decisions by any PSNH or NU-affiliated
management person(s) or board of directors/trustees (including but not limited to management and
directors’ committees and councils) in any way concerning making a decision about whether or not
to proceed with the scrubber project or otherwise reacting to the increase in estimated costs.

Response:
On June 25, 2008, NU corporate management at a meeting of the Risk and Capital Committee was
provided a detailed project description at an estimated cost of $457M for the purpose of capital project
review and approval. The minutes of that meeting are attached. NU corporate management
recommended approval of the project by the NU Chairman and CEO. The presentation to the Risk and
Capital Committee as well as the presentation provided to the Board of Trustees at the July 14, 2008
meeting are both provided. Although both documents were labeled as confidential documents protected
from disclosure by the attorney-client privilege, PSNH waives the privilege in this specific instance to
facilitate the review of this project. On July 14, 2008, NU Board of Trustees approved the $457M for
Merrimack Clean Air Project Estimate. PSNH Senior Management obtained NU corporate management
approval of an advanced in-service date for the project of mid 2012. The recommendation and approval
are attached.
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Data Request STAFF-02
Dated: 08/30/2012

Q-STAFF~002
Page2of5o

NORTHEAST UTILITIES
RISK A~D CAPITAL COMMITIEE
(Committee Meeting, June 25, 2008)

RECOMMEND APPROVAL OF CAPITAL FUNDING FOR THE PUBUC SERVICE COMPANY
OF NEW HAMPSHIRE CLEAN AIR PROJECT BY THE CEO OF NU AND ThE CHAIRMAN
OF PUBLIC SERVICE COMPANY OF NEW HAMPSHIRE

Mr. Long directed the Committee’s attention to the presentation entitled “Public

Service Company ofNew Hampshire Clean Air Project” (the Clean Air Project) included in the

material for the meeting and filed with the records thereof. He then reviewed the New Hampshire

Mercury Reduction Act that mandates compliance to mercury emissions standards, and specifies the

installation of scrubber technology at Merrimack Units 1 and 2 no later than July 1, 2013. The law

stipulates that Public Service Company ofNew Hampshire (PSNH) must achieve no less than a

removal of total mercury resulting in 80% capture of the total amount of mercury contained in the

coal burned at all of PSNH’s coal-fired unIts, which includes Schiller Station. Prior RaCC reviews

ofthe Clean Air Project include a conceptual review on April 18, 2007, approval of an initial capital

funding request on May 30,2007, and approval of a revised initial capital funding request of

$10 million and upto $35 million of commitment authority on September 24,2007. An update on

the Clean Air Project’s schedule, cost, engineering activities, risk assessment and an economic

analysis was also provided to the Committee on April 25, 2008.

Mr. Long stated that PSNH management is now seeking approval of funding for the

entire Clean Air Project, currently estimated at $457 million, inclusive of funds spent to date. He

noted that the cost estimates have been defined by a competitive bidding process, and that prices

have escalated from original estimates made in 2006 due to much higher raw material pricing and

higher costs of engineeringservices. The bid proposals indicate that an in-service date ofmid-2012

is achievable iftwo key contracts can be given a limited notice to proceed by June 30. The earlier

in-service date reduces the cost of the allowance for funds used during construction, and would allow
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Q-STAFF-002
Page 3 of 50

NORTHEAST UTILITIES
RISK ANT) CAPITAL COMMITTEE
(Committee Meeting, June 25, 2008)

PSNH to take advantage of incentives built into the New Hampshire legislation for “early

reductions” ofmercmy. Mr. Long stated that despite the capital cost increases, the Clean Air Project

remains economic for customers. The continued operation ofMerrimack Station with a scrubber

will maintain fuel diversity and security of domestic fuel supply in the region, while providing PSNH

customers with low cost energy. Messrs. Long and Vancho then reviewed the components of the

$457 million cost estimate, including contingencies of$53 million, the cash flow and earnings

projection, financial sensitivities, financial scenarios and key financial takeaways. During the review

of the presentation, the Committee raised questions and discussed risks and other matters of concern.

It was indicated that according to the Capital Approval Policy, since this project was greater than

$50 million it would requIre Board ofTrustees review at the July Board meeting. Messrs. Robb and

Shivery left the meeting during this discussion.

After discussion, and upon motion made and seconded, the following preamble and

resolutions were unanimously adopted:

WHEREAS, Public Service Company ofNew Hampshire (“PSNH”) management
provided the Committee with a capItal project approval proposal for the PSNH Clean Air Project and
have requested $457 million ofcapital funding, inclusive of funds spent to date; and

WHEREAS; this Committee has reviewed said proposal;

NOW THEREFORE, BE IT

RESOLVED, that this Committee finds the following capital funding by Public
Service Company ofNew Hampshire (‘PSNH”) of the PSNH Clean Air Project as described in the
material submitted to this meeting and ordered filed with its records thereof acceptable.

Project Total Cost Year of
Completion

PSNH Clean Air Project $457 million, 2012
inclusive of funds

spent to date
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NORTHEAST UTILITIES
RISK AND CAPITAL COMMflTEE
(Committee Meeting, June 25, 2008)

RESOLVED, that this Committee recommends that the Chairman of the Board,
President and ChiefExecutive Officer ofNortheast Utilities and the Chairman ofPSNH approve the
capital fimding by PSNH ofthe PSNH Clean Air Project, provided however that this Committee
further recommends that a status update on the project be submitted to the Committee no less
frequently than quarterly and the capital funding by PSNH set forth above shall not be. exceeded
without prior approval by the Committee.

Mrs. Kuhiman and Messrs. Hitchko, Large, Long and MacDonald left the meeting at

this point.
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Executive Summary ~4:~frPrUiect

> New Hampshire legislation mandates compliance to mercury emissions standards set forth
in the NH Mercury Reduction Act

Wet scrubber technology will reduce power plant mercury emissions required by New Hampshire
law and is the technology specified by the law

• There is no other technology which will guarantee capture of 80% of the mercury input of our
coal fleet

> Cost estimates have been defined by a competitive bidding process

o Prices have escalated from original estimates made in 2006 due to much higher raw material
pricing and higher costs of engineering service

> Bid proposals indicate that an in-service date of mid-2012 is achievable if two key contracts
can be given a limited notice to proceed by June 30

o Earlier in-service date reduces cost (AFUDC), risk, and allows PSNH to take advantage of
incentives built into the New Hampshire legislation for “early reductions” of mercury

Despite the capital cost increases, the project remains economic for customers and
provides a significant investment opportunity for PSNH

• The NPV of Revenue Requirements of adding the Scrubber versus replacing Merrimack Station
energy and capacity supply with market purchases is a benefit to customers of $132 Million

• Busbar cost increases to $94.55/MWh in 2013

• The scrubber avoids about $15 Million in sulfur credit purchases annually, included in the customer
benefit above

• Incremental Net Income estimated at $18.5 M in 2013 -. first full year of operation
<D
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Background — Merrimack Station Benefits
PSNH Customers 4f$~j~eaflAfrproj~cf

~ Merrimack Station produces 3 million MWh of low cost power annually, about 35% of PSNH’s
total energy service requirement. The low cost energy produced at Merrimack Station off-sets
the higher cost of market purchases in the overall energy service rate

~ Operating Merrimack Station in a cost-effective manner has been one of the major reasons why
PSNH’s energy service rate is the lowest in the region, as much as 25% lower than the average
of energy service supply that we track in NE

)~ Merrimack Station has control technology to satisfy NOx and particulate emissions
requirements. With a scrubber, SO2 arid Mercury emissions will be controlled and Merrimack will
be among the cleanest coal burning plants nationally

)~ Coal is the most abundant domestic fossil fuel resource in the United States supplying more
than 50% of the nation’s power generation fleet, but only 15% of New England’s generation.
Maintaining the use of this secure fuel resource is important for the diversity of the region’s
future energy supply

> Historically, coal has maintained a significant price advantage over oil or natural gas as fuel for
the power generation sector. Operated as Regulated Generation, this cost savings flows
directly to customers

Continued. operation of Merrimack Station ~iith a scrubber will maintain fuel
diversity and security of domestic fuel supply in the ISO-NE region, while

providing PSNH’s cUstomers. with low cost energy. -aji

_________________________________ ~) (‘)o
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Background NH Clean Power Act ~t~CIeanAfrPraject

~ The NHCPA, in 2002, was the first four-pollutant bill in the nation (SO2, NOx,
Mercury and CC2)

~ The New Hampshire Mercury Reduction Act, enacted in 2006, was the
mercury reduction next-step envisioned by the original NHCPA

~ The law was developed in a collaborative effort with PSNH, representatives
from the environmental community, and the Executive and Legislative
branches of state government

~ The New Hampshire Mercury Reduction Act specifies the installation of
scrubber technology at Merrimack 1 and 2 no later than July 1, 2013

> The law stipulates that PSNH must capture a minimum of 80% of the total
amount of mercury contained in the coal burned at all of PSNH’s coal-fired
units (Merrimack and Schiller)

>~ Installation of scrubber technology holds the added benefit of significantly
reducing SO2 emissions from the Merrimack Station boilers (anticipated to be
90% reduction or greater)

Hc~CI)
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Th e New H am PS h I re Mercu ry Red uct10 n Act Specifics: ~ ProJect

~ “It is in the public interest to achieve significant mercury emissions reductions at the coal-
burning electric power plants in the state as soon as possible. The requirements of this
subdivision will prevent, at a minimum, 80 percent of the aggregate mercury content of
the coal burned at these plants from being emitted into the air by no later than the year
2013”

> “The Department of Environmental Services has determined that the best known
commercially available technology is a wet flue gas desulphurization system... as it
achieves significant emissions reduction benefits, including but not limited to, cost
effective reductions in sulfur dioxide, sulfur trioxide, small particulate matter and
improved visibility (regional haze)”

~ “The owner of the affected coal burning sources shall work to bring about early
reductions (of mercury emissions) and shall be provided incentives to do so”

~ “The installation of scrubber technology will not only reduce mercury emissions
significantly but will do so without jeopardizing electric reliability and with reasonable
costs to consumers”

~ “The installation of such technology is in the public interest of the citizens of New
Hampshire and the customers of the affected sources”

~ “The mercury reduction requirements set forth in this subdivision represent a careful,
thoughtful balancing of costs, benefits, and technological feasibility and therefore the
requirements shall be viewed as an integrated strategy of non-severable components”

Northeast
Utili6es System ~
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Estimate of Project Costs

Direct Project Costs

Air Project
Mc,I,,,a~ 5I~t~o,,

Major Contract Islands: (firm price bids)
FGD System $IOOM

• Material Handling $45M
• Waste Water Treatment $1 5M
• Chimney $13M

> PSNH Project Costs $30M

> Program Manager Costs
(URS Washington Group)

o Balance of Plant & Interconnection $93M
• Engineering and Construction

Management $59M

TOTAL DIRECT PROJECT COSTS $355M

> PSNH Project Contingency $IOM
> Program Manager Contingencies

• Materials Escalation $23M
• Contingency $15M
° Scope Growth $ 4M

TOTAL PROJECT CONTINGENCIES $53M

> Power Advocate’s Defined Costs Savings
‘ Project cost deduction ($6M)

> Anticipated Value Engineering*
• Scope reduction ($5M)

TOTAL ANTICIPATED COST REDUCTIONS ($IIM)

> NU Corporate Costs
“ AFUDC $55M
“ Indirect Costs $5M

TOTAL CORPORATE COSTS/AFUDC $60M

Northeast
Utilities SyBtem.

Tota’ Project Cost Estimate = $457M

*Note: Alternative material handling proposal in consideration that would reuse existing station equipment and reduce project costs by about $5M
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Cashflow and Earnings Projection

Capitai Spending by Year
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Assumptions:
° Base-case project costs are estimated at $457M

~ Project expected to be in-service on June 30, 2012
Assumes 9.81% RO~ on 47.23% of Capital Structure

Average Shares outstanding per 2009-2013 Forecast
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Financial Sensitivities 4ki~n~pro1ect

CAPrrAz. COST

2012 GAS PRIcES, MMBTU3

2012 COAL PRICES, MMBTU~

2012 RGGI/F’EDERM.

CARBON COSTS PER TOH~

$96.79

~O1~?202~~
($175) ~$132);~ ($100) $0~*. $91 $92 $93. $94.55~ $96 $97 $98

($159) 11~3~t~~I ($105) $92.31

~ ~~~~($51)

($180)~ ($84) $92.02 ~ $97.08

($158) ($106) $92.53 $96.57

White text in bars represents change in values;
Black text beside bars represents sensitivity result.

1. NPV Net Customer Cost = (2008 Present Value of Merrimack Plant Revenue Requirements from 2012 to 2027) minus (2008 Present Value
of Market Energy plus 2008 Present Value of Capacity Payments from 2012 to 2027).

2. Amounts presented reflect RGGI/federal (Lieberman-Warner) cost estimates. Impacts are equivalent at given prices since RGGI does not
provide for carbon allowances but federal proposals are assumed to include Merrimack allocations starting at 67% (per Lieberman-Warner),

3. Fuel and carbon costs are escalated at 2.5% per annum off of the 2012 estimate.

(DC
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° Base-case assumptions result in net customer benefit of $132 Million and a 2013 busbar
cost of $94.55

o Net customer cost is most sensitive to expected future natural gas and coal prices

Notes:

0
0
0
0a,
(.0
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Financial Scenarios £Ebciear, Air Project
M~r,~ma~ ~alip~t

NPV- NEr CUSTOMER COSTS

MomTh.y RESiOErrnAL CUSTOMER CosT IMPACT4

2013 PLANT BUSBAR COST ($JNwH)

HEr INC-2013 (flRsT FULL. YEAR JR-SERvICE)

ASSUMED PROBABILITY

Pos!uau: Low ~~q1~B~E POSSWLE HIGII

‘0 ~ $43.4 MIL j~M!L~ : ($296 MIL~

- $0.33 ~~~01) ~ ($2.28)
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1. NPV Net Customer Cost = (2008 Present Value of Merrimack Plant Revenue Requirements from 2012 to 2027) minus (2008 Present Value of
Market Energy plus 2008 Present Value of Capacity Payments from 2012 to 2027).

2. Amounts presented reflect RGGI/federal (Lieberman-Warner) cost estimates. Impacts are equivalent at given prices since RGGI does not
provide for carbon allowances but federal proposals are assumed to include Merrimack allocations starting at 67% (per Lieberman-Warner).

3. Fuel and carbon costs are escalated at 2.5% per annum off of the 2012 estimate.

4. Based on NPV Net Customer Cost levelized over the period 2012-2027, and average residential usage of 500 kWh per month.
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Economic Analysis Supports That Merrimack
Station With Scrubber VV ill Be DisDatched ~l~CIean Air Project
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th~Key Financial Takeaways 4~pr*ct

> Customer value of scrubber installation extremely sensitive to future expected natural
gas/coal price spread

• At assumed 2012 price levels and other base case parameters, a spread of
approximately $5.29lmmbtu (escalating) is required to create customer benefits

~ Impact of RGGI/Federal carbon legislation is not expected to render scrubber
investment uneconomic to customers at current projected costs

• Assumes any Federally imposed carbon legislation would grant carbon allowances
to generators (approximately 67% of Merrimack’s requirement)

o Absent Federal allocations (or under RGGI), assuming all other base case
assumptions, a 2012 carbon cost of $30/ton (escalating) or greater would eliminate
customer value of scrubber installation

> Assuming base case fuel and carbon assumptions, capital cost estimates have
meaningful headroom before rendering investment uneconomic

o However, reductions in natural/gas coal spread and increases in carbon costs
would put pressure on ability to construct within the current projection

• Investment is essentially a long spread position on hatural gas/coal

• • . . with carbon ahd cbnstruction risk

(‘~0~
CD ~JODCI)

U4ililiesSystem ~ 11



Project Benefits are Accentuated by Advancing the
In-Service Date to mid-2012 lea irProJ&ct

> Financial
Reduces AFUDC cost by $10 Million

• Limits exposure to material or labor cost escalation for project
elements not covered by firm price contracts

• Generates real earnings one year sooner

> Environmental
• Eliminates an additional 31,350 tons of SO2
• Eliminates an additional 229 pounds of Mercury

Reduces particulate emissions to less than I % one year sooner
> Customer

Produces “early reduction mercury credits” that can be used for
- Compliance in future years if operational issues with the scrubber arise
- Conversion to fungible SO2 allowances (estimated at 12,500 allowances)

(0o
(D—~OZ(i)

Northeast _____
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Revised Project Schedule
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Regional Barriers to Adding New Base Load Generation in
New England Cause Merrimack to be Strategically Positioned ~~IeanAirProject

hf~,rM~ack SI~tion

for Re-Investment

> New base load power plants (coal, nuclear, IGCC) are not on the near or mid-term
horizon for the region, making re-investment in environmental technology at existing
assets the necessary strategy to maintain appropriate base-load supply

)~ Current market players are engaged in blocking opportunities for new, lower cost,
regulated generation assets, making preservation of existing assets increasingly
important

)~ ISO-NE market rules, and the current economic climate, make it nearly impossible
for prospective generators to secure financing and overcome the substantial
“barriers to entry” to build new generation in the region

)~ New England electric energy supply is highly dependent on natural gas, and costs
are subject to corresponding commodity price volatility, and long-term price
increases

~ In addition to the support these barriers provide for continued operation of existing
base-load plants:

— Brattle Group analysis of future NE energy markets indicates that all coal
generation, including Merrimack, will continue to operate economically

— Operation of Merrimack Station on coal provides stability to the power supply
in the region

— Loss of PSNH’s Merrimack Station would call into question the viability of
operating the remaining generating assets as a fleet

(0 (I)a

N U t
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Conclusion :~cIeanAir Project
Menlirn,clc S~affar,

> Installation of the scrubber is required by NH law to meet mercury emissions
requirements

> Merrimack Clean Air Project capital costs have increased significantly since the
original project costs estimates were prepared in 2006, and stand at $457M

> Under the base case and with varying assumptions, continued operation of
Merrimack Station with the Clean Air Project remains economically beneficial
for customers

> State law allows for recovery of prudently incurred costs to construct and operate
the scrubber

)~ The project team is in place and prepared to execute contracts now and begin
construction in earnest late this year, with a project in-service date of mid-2012

>~ The proposal to construct and operate a scrubber at Merrimack Station, in
conformance with the NH Mercury Reduction Law, is in the best interest of PSNH’s
customers and shareholders

Northeast H
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Risk Assessment, Major Risk Concerns l’4~C1ean Air Project
M~imack Slatian

C
0
0
0

02

- :~:‘~~ ~ -.~::-.. ~

. .. Potential Lk Fl d f Expected Value . •. - -.

Risk Event Risk Horizon Project Capital Occurrence Capital Cost Mitigation Plan
, Cost Impact ‘ O~ Exposure

Remaining bids received from 2008 $10 million 20% $2 miflion Currently carrying out the
vendors are significantly procurement schedule. The
higher than expected related Purchasing area is trying to
to material and handling stimulate competition during
costs. Note: The bids on the the bid process. Lastly as the
major equipment have been required implementation date
received, allows for some slippage in

the schedule.

Lack of sufficient, qualified 2009-12 $50 million 10% $5 million WGI will initiate the National
construction labor results in Maintenance Agreement.
increased costs to import Meetings have been held with
labor resources, schedule the union trades to discuss
delays to wait for resources the project and labor
to become available, requirements up front.

Inability to lock in firm prices 2008-9 $25 million 20% $5 million The REP is being structured
during contracting phase for fixed/lump sum pricing.
exposes the project to price The contract will be
volatility and currency risk, negotiated to try and include

~ these parameters.
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Risk Assessment, Major Risk Concerns I
(4~1eaii Air Project

M~rd,nacJ~ SU~Jkm

~e% sts ~MitigatiorIPlan

Vendors unable to meet 2008-9 $25 million 25% $6.25 million In the event this occurs, an
project design criteria acceptable outcome will be
resulting in non-conforming negotiated during the
bids. Note: bids received with procurement process.
mercury criteria. Risk relates
to remaining design
specifications.

Inability to design appropriate 2008-9 $12.5 million 50% $6.25 million PSNH contracted with
plant integration plans experienced contract program
resulting in MKI bypass, manager in Scrubber
boiler implosion and noise installations. Additionally NU
issues. personnel will be reviewing

design specifications for
reasonableness.

Scope definition changes 2008-12 $18.75 million 20% $3.75 million PSNH team will work closely
drastically during construction with WGI & EPC contractors
resulting in additional to minimize the impact.
expenditures and/or potential
schedule delays.

Proposed design is 2008-9 $12.5 million 30% $3.75 million PSNH contracted with
inadequate and does not meet experienced contract program
operability/reliability/ manager in Scrubber
constructability requirements installations. Additionally, NU
resulting in complete personnel will be reviewing
redesign. design specifications for

reasonableness.
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Scrubber Schematic

Wet Flue Gas Desulfurization Technology

Clean Air Project
Merrimack S~a1ien

Water

Waste Water
Treatment Plant

Limestone slurry scrubbing
Flue Gas to form Gyps

Flue gas

/ Flue Gas to StackReduced Mercury Emissions
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Merrimack Station: 2008 4~#~Cie~rn Air Project
MenIm300 S~o~hrn
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4~Clean Air Project
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ProjeötEnglheer- Riähard Roy
Station Liaison

Project Administrator
Administrative Assistant

Project Organization (I~f~ciean Air Project
Merrimack Stalien

Project~ Dir~ctor

____ WiIlIam~SpiägL~la

Site Project Team
Merrimack Station

Manager - Harold Keyes

Operations
Maintenance

Corporate Project Support Team
Purchasing — Rick Osak

Legal — Bob:Bersak
Enviro/Reg — Lynn Tillotson

Insurance — Dave Orpik
Treasury

Program Manager
Engineering, Procurement

And Construction Management (EPCM)
Team with PSNH for Engineering and

Construction Management

Scrubber
Island
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Historic Price Volatility Suggests Coal
Will Find a Way to be Cheaper than Alternatives
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ISO-NE Energy Supply by Fuel Type
4~f~CIean Air Project

M~n*~iac.k $ia~lar1

2003-2006 Average % Generation
New England States

15.70%

6.90%

27.56% 37.60%

Coal
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Li Nuclear
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~Hydro
~Wind
~Other
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Public Service Company of New Hampshire

Clean Air Project

Capital Project Review and Approval

Northeast Utilities

Board of Trustees

Gary Long/Cameron Bready

July 15, 2008
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Executive Summary 4ACk/anAIrProjec(

>New Hampshire legislation mandates compliance to mercury emissions standards set forth
in the NH Mercury Reduction Act

• Wet scrubber technology will reduce power plant mercury emissions required by New Hampshire
law and is the technology specified by the law

• There is no other technology which will guarantee capture of 80% of the mercury input of our
coal fleet

Cost estimates have been defined by a competitive bidding process

• Prices have escalated from original estimates made in 2006 due to much higher raw material
pricing and higher costs of engineering service

Bid proposals indicate that an in-service date of mid-2012 is achievable

Earlier in-service date reduces cost (AFUDC), risk, and allows PSNH to take advantage of
incentives built into the New Hampshire legislation for “early reductions” of mercury

Despite the capital cost increases, Merrimack Station remains economic for customers
under expected conditions and provides a significant investment opportunity for PSNH

• The NPV of Revenue Requirements of adding the Scrubber versus replacing Merrimack Station
energy and capacity supply with market purchases is a benefit to customers of $132 Million

• The scrubber avoids about $15 Million in sulfur credit purchases annually, included in the customer
benefit above

• Incremental Net Income estimated at $18.5 M in 2013 -~ first full year of operation

N ~1 t
~t4J~ U1i1i1~esSys1em vnmmz~~.~’~— 2
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Background —

Merrimack Station Benefits PSNH’s Customers

>. Merrimack Station produces 3 million MWh of low cost power annually, about 35% of PSNH’s
total energy service requirement. The low cost energy produced at Merrimack Station off-sets
the higher cost of market purchases in the overall energy service rate

> Operating Merrimack Station in a cost-effective manner has been one of the major reasons why
PSNH’s energy service rate is the lowest in the region, as much as 25% lower than the average
of energy service supply that we track in NE

> Merrimack Station has control technology to satisfy NOx and particulate emissions
requirements. With a scrubber, SO2 and Mercury emissions will be controlled and Merrimack will
be among the cleanest coal burning plants nationally

~ Coal is the most abundant domestic fossil fuel resource in the United States supplying more
than 50% of the nation’s power generation fleet, but only 15% of New England’s generation.
Maintaining the use of this secure fuel resource is important for the diversity of the region’s
future energy supply

~ Historically, coal has maintained a price advantage over oil or natural gas as fuel for the power
generation sector. Operated as Regulated Generation, this cost savings flows directly to
customers

Continued operation of Merrimack Station with a scrubber wiN maintain fuel

diversity and security of domestic fuel supply in the iSO-NE region, while

providing PSNH’s customers with low cost energy.

N h __________________________________________~ ott east . . . .
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Financial Assessment — Summary Metrics

Total Installed Capital Costs $457M
Capital Cost $ I kW $1 ,0001

NPV of Base Case Customer Benefit $132M

2013 Net Income Contribution $18~5M
2013 EPS Contribution (Diluted) $~O4/share

Busbar Cost (2013) $94.55/MWh

Key assumptions:

Project in-service on June 30, 2012

9.81% ROE on 47.23% equity component of capital structure

• Base case natural gas price of $1 1/mmbtu, coal of $4.82/mmbtu and carbon of $7/ton

Note:

1. For reference, capital costs for a new CCGT would be approximately $1,600 - $1, 7001kw. A new packer would be approximately $950— 1,000/kw.

UfiIh~esSys~em
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Estimate of Project Costs

Project Costs by Component

• I Clean Air Project
~cfl~nw~ S~d1o,,

E3FGD
C Wastewater Treatment
C Owners Costs *

~l Engineering & Construction
Total

Current Estimate
C Material Handling
C Chimney
C Balance of Plant
C Contingency & Escalation

Nortbea~
Ullhlties System

$250 Totals $457
Major Island Contracts (Firm-Price Bids) -~ -

FGD System $100M
Material Handling $45M
Waste-water Treatment $1 5M
Chimney $13M

PSNH Project Costs $44M

Other Program Manager Costs
Balance of Plant and Interconnection $91 M
Engineering and Construction $35M
Contingency and Escalation $52M

AFUDC $57M

Total Direct Costs $452M

$Millions

$500 -

$400 -

$300

$200

$100

$0

INU Indirect Costs $5M1

IProiect Total $457M1

ii
Original Estimate

0
0
0

-~

0

* Includes PSNH Project Costs, Indirect Costs, and AFUDC
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Financial Assessment Overview I~CIe~inAfrProjec(

~ Customer benefit/cost of scrubber installaUon is dependent upon customer
alternatives for securing the energy and capacity provided by Merrimack

Analysis assumes that customers will procure energy and capacity from
the market if Merrimack is not operationaI~
Market price for energy will likely continue to be set by natural gas units for
the foreseeable future

-~ Expected future price for natural gas and the spread between natural gas prices
and coal prices are critical to assessment of customer impacts

~ Financial customer benefit/cost determined as follows:
o PV of net revenue requirements of Merrimack facility (including new

scrubber) — PV of market energy and market capacity costs
Customer benefit is achieved when the revenue requirements of Merrimack
are lower than the costs of procuring the energy and capacity that would
otherwise be provided by Merrimack from the market

);~ Future impact of carbon may play an important role in determining ultimate
customer benefit/cost

0 Carbon costs are expected to impact electricity rates, but coal plants will
likely be disproportionally affected given their emission rates versus natural
gas plants

~ ~ ~ U -m-~crrncrp-rn~ ~f L1 ~tro1t 6
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Financial Sensitivities

> Base-case assumptions result in net customer benefit of $132 million

> Net customer benefit is most sensitive to expected future natural gas

4 Clean Air Project
~St,~fi~fl

and coal prices and the relative spread between the two commodities

Base ~ ($300)

$4si mit

$1 t~00 $(295)

$4.82

$6i8

$7

($180) ($132) ($50)

$(159) $(105)

NPV Net Customer Cost = (2008 Present Value of Merrimack Plant Revenue Requirements from 2012 to 2027) minus (2008 Present Value
of Market Energy plus 2008 Present Value of Capacity Payments from 2012 to 2027).

2. Fuel and carbon costs are escalated at 2.5% per annum off of the 2012 estimate.

3. Reflects net impact on a $/ton basis for either RGGI or Federal policies excluding any allocations of allowances.

4. Spread not sensitized as impact depends on underlying natural gas and coal prices, Break even is based on a $4.82/mmbtu Coal Price
(~$130 per delivered ton).

Northeast
Utilities System

Assumptton Category Asst~mptions 2008 PV of Ne~ Customer Cost1 Net Customer Impact
2012-2027 ($MiI) Break-Even Rates

Capital Cost

2012 gas Prices, MMBTU2

2012 coal prices, MMBTU2

Implied Gas/coal Spread

2012 Carbon Costs2’3

$40

$(228)

$31

Notes:

1.

$(36)

N/A4

$(167) $(97)

$684 mu

$10.10

$5.49

$529~

$30.13

Text in bars represents change in values;

text beside bars represents sensitivity result,

0
C
0
-~
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Financial Scenarios 41 Clean Air Project
M~1~rn1~k 52W~

The following scenarios, denoted by their assumed probability of occurrence,
demonstrate the compounding impacts of a variety of assumption changes on
the key financial metrics for the project:

Possible Low Base j Possible High~

NPV - Net Customer Cost

Monthly Residential Customer Cost Impact

2013 Plant Busbar Cost ($/MwH)

Net Income -2013 (First full Year In-Service)

Assumed probability
Parameters

Capital Costs, Millions

2012 Gas Prices, MMBTU

2012 Coal Prices, MMBTU

2012 Carbon Costs, Ton

$194M1L ($132M1L) ($413m11)
$1.49 ($1.01) ($3.17)

$100.37 $94.55 $87.86
$20.1 MIL $18.5 MIL $18.1 mu

25% - - 25%

$497 $457 $447

$9.90 $11.00 $12.10

$8.30 $4.82 $4.34

$20 $7 $5

Case Le9end
~i~I1~!~ Case reflects project in-service delayed one year and cost overun ($45M), cooling tower addition ($30M), minimal Gas/coal Spread

I PossIble Low ICase reflects project in-service on-time with cost overun ($1 OM), cooling tower addition ($30M), decreased Gas/coal Spread
I Base ]Current assumptions
I Possible High iCase reflects project in-service 6 months early ($1OM), project costs as expected, benign carbon legislation, increased gas/coal spread
~reflects project in-service 6 months early ($1OM) with lower than expected costs (81DM), no carbon legislation, maximum gas/coal spread

0
0
0
-~
-~

Other scenarios considered:
• $200 Oil Scenario:
o $50 Carbon Cost:

Customer Cost/(Benefit)
($437 million)

$70 milflon

Northeast
Utilities System
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Historic Fuel Spreads CloanAir Project
~St3fla~

>

Gas/Coal spread has averaged $3.1 8/mmbtu over the last 15 years, as compared to the
required customer break-even level of $5.29/mmbtu (based on current price levels)

° However, post the hurricane season of 2005, the spread has averaged $6.22/mm btu

Since January 2007, the spread has averaged nearly $6.63/mmbtu and current spreads are
more than -~$9/mmbtu

Northeast
Ufilifies System

PSNH ActuallQuoted Delivered Fuel Costs

20

18

1 1:

Average

16 Average
14 Spread.

12 ~-$1.52 *A. ... .
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2

0

0
0
0
-~

1993 1994 1995 1996 1997 1998 1999 2000 2001 2002 2003 2004 2005 2006 2007 2008
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Key Fl nancial Takeaways G!eanAfr Project

)~. Customer value of scrubber installation extremely sensitive to future expected natural
gas/coal price spread

At assumed 2012 natural gas and coal price levels and other base case parameters, a
spread of approximately $5.29!mmbtu (escalating) is required to create customer
benefits
Recent spreads suggest that this level is realistic; however, historic spread levels have
averaged lower

)~ Impact of carbon legislation is not expected to render scrubber investment uneconomic to
customers at current projected costs under RGGI

o Absent allocations, assuming all other base case assumptions, a net carbon cost of
$30/ton (escalating) or greater would diminish customer value of scrubber installation

Assuming base case fuel and carbon assumptions, capital cost estimates have meaningful
headroom before rendering investment uneconomic

o All other base case assumptions being held constant, capital costs can increase to
—$684 million before eliminating customer economic benefits

• However, reductions in natural/gas coal spread and increases in carbon costs would
put pressure on base case capital cost estimates

)~ Generation ratemaking making structure allows for PSNH to earn 9~81% ROE on equity
invested in the project under all scenarios presented

Assumes that project capital costs are deemed prudent

Investment is essentially a long spread position on natural gas/coal
with carbon and construction risk

~ 10
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Revised Project Schedule
Clean Air Project

Merrimack Station

Project 2006 2007 2008 2009 2Ô10 2011 2012’

NH Mercury ‘Reduction Act ~A1Ik
Preliminary Engir~eering ~ ~

Program Manager Hired

Detailed Engineering ~

Major Contracts Awarded ‘ ‘

Permitting ‘ ~

Preliminary Site Prep. ‘

MajorConstruction ‘ ‘ ‘

Testing & Commissioning ‘ ‘ ‘ ‘ ‘

In Service “ A
Northeast
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Conclusion CIeanAlrProje(~t
areru,~cA SO~krn

)~ installation of the scrubber is required by NH law to meet mercury emissions
requirements

~ Merrimack Clean Air Project capital costs have increased significantly since the
original project costs estimates were prepared in 2006, and stand at $457M

> Under the base case, continued operation of Merrimack Station with the Clean Air
Project remains economically beneficial for customers

~ State law allows for recovery of prudently incurred costs to construct and operate
the scrubber

>~ The project team is in place and prepared to execute contracts now and begin
construction in earnest late this year, with a project in-service date of mid-2012

)~ The proposal to construct and operate a scrubber at Merrimack Station, in
conformance with the NH Mercury Reduction Law, is in the best interest of PSNH’s
customers and shareholders

~ U ystem 12
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Wet Flue Gas Desulfurization Technology

Clean Air Project
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Limestone slurry scrubbing
Flue Gas to form Gypsu

Flue gas

Flue Gas to Stack
Reduced Mercury Emissions
Reduced Sulfur Emissions

Boilers
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Merrimack Station: 2008

Data Request STAFF-02
Dated: 08/30/2012

Q-STAFF-002
Page 43 of5O

0
0
0
-~.

1~~)
0

Northeast
Utilities System

Clean Air Project
Sf~Iic~I

15



Data Request S... F-02
Dated: 08/30/2012

Q-STAFF-002
Page 44 of 50

Merrimack Station: 2013 Clean Air Project
Merim,~c.~ ~
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Risk Assessment, Major Risk Concerns e1~ CleanAirProJect
Mrt~;,at?~ Sutiw,

W~ ~ ~fia~U~~~
Risk Event Risk Horizon Project~ Capital Likelihood Capital Cost Mitigation Plan

~~~~rei~ce~Jo ~
Remaining bids received from 2008 $10 million 20% $2 million Currently carrying out the
vendors are significantly procurement schedule. The
higher than expected related Purchasing area is trying to
to material and handling stimulate competition during
costs. Note: The bids on the the bid process. Lastly as the
major equipment have been required implementation date
received, allows for some slippage in

the schedule.

Lack of sufficient, qualified 2009-12 $50 million 10% $5 million WGI will initiate the National
construction labor results in Maintenance Agreement.
increased costs to import Meetings have been held with
labor resources, schedule the union trades to discuss
delays to wait for resources the project and labor
to become available, requirements up front.

Inability to lock in firm prices 2008-9 $25 million 20% $5 million The RFP is being structured
during contracting phase for fixed/lump sum pricing.
exposes the project to price The contract will be
volatility and currency risk, negotiated to try and include

these parameters.

Northeast
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Risk Assessment, Major Risk Concerns CleanAir Project
Merrñi~;i~~ Sl3tkrn

~~odof ~
Risk Event Risk Horizon Project Capital Capital Cost Mitigation Plan

~ ~ ~enceoj.~
Vendors unable to meet 2008-9 $25 million 25% $6.25 million In the event this occurs, an
project design criteria acceptable outcome will be
resulting in non-conforming negotiated during the
bids. Note: bids received with procurement process.
mercury criteria. Risk relates
to remaining design
specifications.

Inability to design appropriate 2008-9 $12.5 million 50% $6.25 million PSNH contracted with
plant integration plans experienced contract program
resulting in MK1 bypass, manager in Scrubber
boiler implosion and noise installations. Additionally, NU
issues. personnel will be reviewing

design specifications for
reasonableness.

Scope definition changes 2008-12 $18.75 million 20% $3.75 million PSNH team will work closely
drastically during construction with WGI & EPC contractors
resulting in additional to minimize the impact.
expenditures and/or potential
schedule delays.

Proposed design is
inadequate and does not meet
operability/reliability!
constructability requirements
resulting in complete
redesign.

2008-9 $12.5 million 30% $3.75 million PSNH contracted with
experienced contract program
manager in Scrubber
installations. Additionally, NU
personnel will be reviewing
design specifications for
reasonableness.

Northeast
Utilities Syslem
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Cashflow and Earnings Projection

$96.4
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180
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0

Capital Spending by Year

$Millions $165.6

$0.8

Clean Air Project
~St~(k~’

$1.9 $41.2

$101.3

20072006

$ Millions

2008 2009 2010

$20

$15

$10

$5

$49.8

Estimated Earnings By Year

D AFUDC Earnings ~ Ratebase Earnings

2011 2012

$0.6 $0.8

2008

$1.6

2009 2010 2011 2012 2013

EPS $.OO $,00 $.O1 $02 $.03 $.04

Assumptions:
‘ Base-case project costs are estimated at $457M

° Project expected to be in-service on June 30, 2012
0 Assumes 9.81% ROE on 47.23% of Capital Structure
0 Average Shares outstanding per 2009-2013 Forecast

Northeast
Utilities System
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Project Benefits are Accentuated by Advancing the
I n—Service Date to mid—20 1 2 ~‘i~CIeanAirProject

> Financial
0 Reduces AFUDC cost by $10 Million
0 Limits exposure to material or labor cost escalation for project

elements not covered by firm price contracts
0 Generates real earnings one year sooner

)~ Environmental
0 Eliminates an additional 31,350 tons of SO2
o Eliminates an additional 229 pounds of Mercury
o Reduces particulate emissions to less than 1 % one year sooner

> Customer
0 Produces “early reduction mercury credits” that can be used for

- Compliance in future years if operational issues with the scrubber arise
- Conversion to fungible SO2 allowances (estimated at 12,500 allowances)

~ ~~ystern~ 20
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Page 49 of 50

FOR APPROVAL BY THE
NORTHEAST UTILITIES

RISK AND CAPITAL COMMITTEE

June 25, 2008

PUBLIC SERVICE COMPANY OF NEW HAMPSHIRE CLEAN AIR PROJECT

ISSUE:

The Northeast Utilities Risk and Capital Committee (RaCC) provides oversight and input
for capital programs and projects exceeding $10 million. The PSNH Clean Air Project was
brought to RaCC on May 30, 2007 for conceptual project review and initial funding
approval, and for revised initial funding approval on September 24, 2007.

Consistent with the NU RaCC Charter, the PSNH Clean Air Project is being brought to the
RaCC for review and recommendation for approval to the Chairman, President and CEO
(CEO) of NU and Chairman of Public Service Company of New Hampshire.

RECOMMENDATION:
RECOMMEND CEO AND CHAIRMAN APPROVES THE PUBLIC SERVICE COMPANY
OF NEW HAMPSHIRE CLEAN AIR PROJECT CAPITAL FUNDING:

The RaCC recommends that the CEO and Chairman of PSNH approve the expenditure
of $457 million of capital funding, inclusive of funds spent to date as provided for in the
attached material.

ATTACHMENTS:

Presentation entitled “The Public Seivice Company of New Hampshire Clean Air
Project”~

RaCC resolution recommending CEO and Chairman approval of capita! funding for
the PSNH Clean Air ProjecL

1
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Northeast Utilities
Risk and Capital Committee Meeting
June 25, 2008

Data Request STAFF-02
Dated: 08/30/2012

Q~STAFF-002
Page 50 of 50

RECOMMEND APPROVAL OF CAPITAL FUNDING FOR THE PUBLIC SERVICE COMPANY OF
NEW HAMPSHIRE CLEAN AIR PROJECT BY THE CEO OF Mi AND THE CHAIRMAN OF PUBLIC
SERVICE COMPANY OF NEW HAMPSHIRE.

WHEREAS, Public Service Company of New Hampshire (“PSNH”) management provided the
Committee with a capital project approval proposal for the PSNH Clean Air Project and have requested
$457 million of capital funding, inclusive of funds spent to date: and

RESOLVED, that this Committee finds the following capital funding by Public Service
Company of New Hampshire (“PSNI-{”) of the PSNH Clean Air Project as described in the material submitted
to this meeting and ordered tiled with its records thereof acceptable.

Total Cost

$457 million,
inclusive of funds

spent to date

Year of
~tion

2012

RESOLVED, that this Committee recommends that the Chairman of the Board, President and
Chief Executive Officer of Northeast Utilities and the Chairman of PSNH approve the capital funding by
PSNH of the PSNH Clean Air Project, provided however that this Committee further recommends that a status
update on the project be submitted to the Conirnittee no less frequently than quarterly and the capital funding
by PSNH set forth above shall not be exceeded without prior approval by the Committee.

APPROVAL OF CAPITAL FUNDING FOR THE PUBLIC SERVICE COMPANY OF NEW
HAMPSHIRE CLEAN AIR PROJECT BY THE CEO OF NU AND THE CHAIRMAN OF PUBLIC
SERVICE COMPANY OF NEW HAMPSHIRE.

Approved as recommended by the Risk and Capital Committee on June 25, 2008 as set forth above:

Date: ~~
NORTHEAST UTILITIES

By:
Charles W. Shi
Chairman of the Board,
And Chief Executive Officer

PUBLIC SERVICE COMPANY OF NEW HAMPSHIRE

Date: By:
Charles W. Shiver~
Chainnan

1

WI-IEREAS, this Committee has reviewed said proposal:

NOW THEREFORE, BE IT

~ct

PSNH Clean Air Project
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Public Service Company of New Hampshire
Docket No. DE 11-250

Witness:
Request from:

William H. Smagula
Tra nsCa nada

~ROM FILE
Data Request TC-04
Dated: 08/3112012
Q-TC-024
Page 1 of 19

Question:
Reference the PSNH response to TO 2-13 in this docket, please provide any written documents
that were provided to the Staff, the OCA and the Office of Energy and Planning in connection
with the briefings described in this response.

Response:
Please see the attached presentation.

1~•~ ~iAL
~Y.l)~ ~as~ ~.

All A(l1MI~NT I I
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Public Service Company of New Hampshire
Clean Air Project

Update to NHPUC Staff and
Office of Consumer Advocate.

July 30, 2008

Public Service
of New Hanipshire

The N~rtheust Utffitie~ System
Air Project

M~rriniack Station
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P u rpose of Tod ay s M eet i ng Project

> Recap NH Clean Power Act and Mercury Law requirements

> Define Merrimack Station benefits to PSNH.customers

> Advise as to project status within NU/PSNH

> Update cost estimates

> Confirm financial assessment of customer benefit post-scrubber

installation

> Provide current thinking on project schedule

~ :~ Public Service
of New~ 2
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Executive Summary ~ic1eanAirPr*ct

> New Hampshire legislation mandates compliance with mercury emissions standards set
forth in the NH Mercury Reduction Law

• PSNH must capture 80% of mercury emissions from its coal plants by June 2013

• Wet scrubber technology will reduce power plant mercury emissions required by New Hampshire
law and is the technology specified by the law

• There is no other technology that will guarantee capture of 80% of the mercury input of our
coal fleet

• On behalf of its customers, PSNH is incented to reduce mercury emissions prior to June 30, 2013

Cost estimates have been defined by a competitive bidding process

• Prices have escalated from ori~inal estimates made in 2006 due to much higher raw material
pricing and higher costs of engineering, services and labor

> Bid proposals indicate that an in-service date of mid-2012 is achievable

• Earlier in-service date reduces cost (AFUDC) and risks, and allows PSNH’s customers to take
advantage of incentives built into the New Hampshire legislation for “early reductions” of mercury

Despite the capital cost increases, Merrimack Station remains economic for customers
under expected conditions

• The NPV of Revenue Requirements of adding the scrubber versus replacing Merrimack Station
energy and capacity supply with market purchases is a benefit to customers of $132 million

In addition to the mercury removal benefits, the scrubber avoids about 30,000 tons of sulfur
emissions and sulfur allowance purchases annually, included in the customer benefit above

hire
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Merrimack StaUon Benefits PSNH’s Customers

> Merrimack Station produces 3 million MWh of low-cost power annually, about 35% of PSNH’s
total energy service requirement. The low-cost energy produced at Merrimack Station offsets
the higher cost of market purchases in the overall energy service rate

~ Historic high Capacity Factor and cost-effective operation of Merrimack Station has been one of
the major reasons why PSNH’s energy service rate is the lowest in the region, as much as 25%
lower than the region’s average energy service rate

> Merrimack Station has control technology to satisfy NOx and particulate emissions
requirements. With a scrubber, SO2 and mercury emissions will be controlled and Merrimack will
be among the cleanest coal-burning plants in the nation

> Coal is the most abundant domestic fossil fuel resource in the United States, supplying more
than 50% of the nation’s power generation, but only 15% of New England’s generation.
Maintaining the use of this secure fuel resource is important for, the diversity of the region’s
future energy supply

~ Historically, coal has maintained a price advantage over oil or natural gas as a fuel source for
the power generation sector. Operated as regulated generation, this cost savings flows directly
to customers

Continued operation of.Merrirnack Station with a scrubberwill. maintain fuel...
diversity and security of domestic fuel supply in the ISO-NE region, while

providing’ PSNH’s ‘customers with low-cost energy. H

Public Service

~ ofNewllarnp8h.fre ~d . 5
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Regional Barriers to Adding New Base-Load Generation in
New England CaLise Merrimack Station to be Strategically Q~,ç~irProject

Positioned for Re-Investment ______________________________________
-~—~——~ ___________________________________________________________

> New base-toad power plants (coal, nuclear, IGCC) are not on the near- or mid-term
horizon for the region, making re-investment in environmental technology at existing
assets the necessary strategy to maintain appropriate base-load supply

> In addition to the support these barriers provide for continued operation of existing
base-load plants:

— Brattle Group analysts of future NE energy markets indicates that all coal
generation, including Merrimack, will continue to operate economically

— Operation of Merrimack Station on coal increases NE’s fuel diversity,
enhancing the stability of power supply in the region

ISO-NE market rules, and the current economic climate, make it nearly impossible
for prospective generators to secure financing and overcome the substantial
“barriers to entry” to build new generation in the region

Pubbc Service

~4j~ of New Hampehire ~ 6



~I- 0)o (N —
o o

0
co

— cc)U)~ ci)
ci) 0) cc ~
D0) CU
C-.. ~
Cl) 0
Ll~j
CUCU Public Service

of New Hampshire Clean Air Project
Merrimack Station



“~t C~l ‘~t 0)
—

0 ~ 0 ~
0

C-.. fl.
0 -~
c~a
COO

0

Public Service
of New Hampshire 8
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Merrimack Station: 2013

Public Service
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Scrubber Schematic Clean Air Project
Merrimack Stat iou

Waste Water
Treatment Plant

10

Limestone slurry
Flue Gas to form

Flue gas
From Existing
Boilers J

Wet Flue Gas Desulfurization Technology
Flue Gas to Stack
Reduced Mercury Emissions
ReducedSulfur Emissions

Gyps u mj4h..

Water
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ABSORBER
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Clean Air Project — Progress to Date 4UJ~CIeanAirProject
~ Medmauk
~a3

Engineering
— Projects defined in 5 major components
— Specifications developed for 4 key components

Commercial and Purchasing
— Program Manager hired September 2007
— Scrubber Island and Chimney proposals are in negotiations
— Wastewater Treatment Facility and Material Handling System bids are in negotiations

> Review, Permits, and Approvals
— Temporary Air permit application to NHDES, June 2007
— NHDES — May 12 presentation
— TemporaryAir Permit expected October2008
— Town of Bow — local permitting
— Regional Planning Commission

Site Work
— Existing oil tank removed
— Site surveys and studies completed
— Warehouse construction underway
— On-site engineering facilities completed

Costs and Schedule
— Project costs now updated with review of all major equipment bids nearing completion
— Original plan: Tie-ins: MK#1 Fall 2012, MK#2 Spring 2013
— Program Manager and suppliers can support in-service one year earlier

~ ,~ Public Serviceof New Hampshire ii
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a Estimate of Project Costs 4~cIeanAirProject

o —~

> Project estimated to cost $457M

• Estimate based on firm price bids, currently in final phase of negotiations

• Cost components:

-~ Major Components (FGD, Material Handling,

• Wastewater Treatment and Chimney) $173M
-~. PSNH and Program Manager Costs (Engineering) $170M
-~ Project Contingencies $ 52M

-~ Corporate Costs (AFUDC, Indirects) $ 62M

TOTAL Project Costs $457M

Key Drivers of Project Cost Increase

Scrubber design criteria for Mercury vs.

Material cost increases

Labor cost increases

Engineering, including site congestion and interconnection
of two dissimilar sized units into one scrubber

~ Public Service
of New Hampshire -~e~~-- 12
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ci Revised Project Schedule

Project

0
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Clean Air Project
Merrimack Station

2007: 2008:

NH Mercury Reduction Act 4A.
Prehmtnary Engineering

Program Manager Hired A
Detailed Engineering

Major Contracts Awarded

Permitting

Preliminary.SitePrep~ :

Major Construction

Testing & Commissioning

:frIService: : :~: :1::: :: •~~: .:.
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2009 2010 2011 2012
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N Financial Assessment

> Though environmental stewardship comes with a cost, PSNH has determined that
continued operation with the scrubber installation is in the best interest of
customers

• NPV.of customer benefit $i32M
• Monthly residential customer cost. impact vs. alternative creates a.

$1 01 savings
• 2013 Station Busbar Cost $94.55IMwh ;. .

~ Assumptions used in performing this analysis
• Capital Cost $457M
o 2012 Natural Gas Price $11 .O0/MMbtu

• 2012 Coal Price $4.82/MMbtu
• 2012 Carbon Cost (RGGI). $TO0/ton

> Our analysis shows that customer economics are most sensitive to the
Coal/Natural Gas price spread and far less sensitive to capital cost or RGG[
cost increases .

~ Public Service
of New~ 15



Histonc Fuel Spreads er Project

~Gas/CoaJ spread has historically favored coal over natural gas and the spread has averaged
$6~22/mmbtu since the hurricane season of 2005

Since January 2007, thespread has averaged nearly $6.63/mmbtu and current spreads are
more than —$9lmmbtu

2002

~a Natural Gas C~#6 Oil z~ Coal

PSNH believes that coal, the nation’s most plentiful domestic fuel resource, which is best
suited for stationary (power generation) use, will continue to find ways to be lower cost

_____ than alternatives that are influenced predominantly by foreign supply
Public Service
of New Hamp~hfre
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~ Project Benefits are Accentuated by Advancing the
•~CIeanAir ProjectI n—Service Date to M id—20 1 2

U

> Economic

• Reduces AFUDC cost by $10 mitHon

• Limits exposure to material or labor cost escalation for project elements not
covered by firm price contracts

~ Environmental

• Eliminates an additional 31)350 tons of SO2

• Eliminates an additional 229 pounds of mercury

• Reduces particulate emissions to less than 1 % one year sooner

> Customer

• Produces “early reduction mercury credits” that can be used for:

- Compliance in future years if operational issues with the scrubber arise

- Conversion to fungible SO2 allowances (estimated at 12,500 allowances)

~\ Public Service
of New Hampshire 17
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Conclusion ~:~C!eanAir Project
~ Moirimock Station

> Installation of the scrubber is required by NH law to meet mercury emissions
requirements

> PSNH has made significant progress, including the hiring of a Program Manager,
initial permitting, and negotiation of contracts

> Merrimack Clean Air Project capital costs have increased since the original project
cost estimates were prepared in 2006, following the global trend for all commodities
and energy, and stand at $457M

~ PSNH analysis supports that the construction and operation of a scrubber at
Merrimack Station, In conformance with the NH Mercury Reduction Law, is in the
best interest of PSNH’s customers

> State law allows for recovery of prudently incurred costs to construct and operate
the scrubber

> The project team continues to execute contracts and will begin construction in
earnest late this year, with a now proposed project in-service date of mid-2012

__ Public Service
ufNew Hampshire 18
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DO NC~ ~ROM FILEU
Public Service Company of Ne~i~ij3~hire Data Request TC-03
Docket No. DE 11-250 Dated: 0812412012

Q-TC-009
Page 1 of I

Witness: Terrance J. Large
Request from: TransCanada

Question:
Reference the September 2, 2008 report by PSNH to the Commission in DE 08-103, page 15, Section
IV.E please explain how PSNH arrived at the year 2012 price of $11 per MMbtu to be used as the first
year price of natural gas and provide any and all documentation in PSNHs possession or the possession
of any of its agents related to the choice of this price.

Response:
The 2012 price of $1 1/MMBtu for natural gas was selected by reviewing the NYMEX futures prices
available in the summer of 2008. As shown on page 22 of the September 2, 2008 report to the NHPUC,
the futures prices were $11/MMBtu in 2012.
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ATTAChMENT 13

Trade Month: August2008
Henry Hub Contracts Sold (NYMEX)

3,200,000

3,000000

2,800.000

2,600,000

2,400,000

2,200,000

2,000,000

1,800,000

1,600,000

1,400,000

1,200,000

1,000,000

800,000

600,000

400,000

200,000
56,034

5,482

— ~ 0201102012 02013’

‘~ 874

4 TransCanada December 4, 2013



000152



£S1~OOO

r\)

CD

C
c D)

CD

0

1/2/2007
1/16/2007
2/1/2007

2/16/2007
3/1/2007

3/16/2007
4/2/2007

4/16/2007
5/1/2007

5/16/2007
6/1/2007

6/15/2007
7/2/2007

7/16/2007
8/1)2007

8/15/2007
9/4/2007

9/17/2007
10/1/2007

10/15/2007
11/1/2007

11/15/2007
12)3/2007

12/17/2007
1/2/2008

1/15)2008
2/1/2008

2/15)2008
3/3/2 008

311 7/2008
4/1/2008

4/15)2008
5/1/2008

5/15)2008
6/2/2008

6/16/2008
7/2/2008.

7/15/2008
8/1/2008

8/15/2008
9/2/2008

9/15/2008
10/1/2008

10/15/2008
11/3)2008

11/17/2008
12/1/2008

12/15/2008
1/2/2009

1/15/2009
2/2/2009

2/17/2009
3/2/2009

3/16/2009
4/1/2009

4/15/2009
5/1/2009

5/15/2009
6/1/2009

6/15/2009
7/1/2009

7/15/2009
8/3/2009

8/17/2009
9/1/2009

9/15/2009
10/1/2009

10/15/2009
11/2/2009

11/16/2009
12/1/2009

12/15/2009

N

-n CD

-~

CD

US$IMMBtu

-~ -~ —‘-

~1 0) 0) p
C C 0 0 0 0 C C C

C C C C 0 C C C C C

17 ~ J.~N~11NJ4DVLLV



$12.00

1—

I I

r.- r.- F.- F.-. F’- F”- F’~- F’- F’- F’— F— F’- I”- F’- F.- F— F’- F.- 0 F’-. 0 F.- 0(0(0(0(0(0(0(0 CO COCO CO COCO a) cocoa) (00)00)00)00)0)0)0)0)0)0)0)0)0)0)0)0)0)0)0)0)0)0)00)00)0
000000000000000000000000000000000000000000000000000000000000000000000000
0000000000000000000 C’.J 0 C\i 0 (“40000000000000000000 (‘1 0 (‘1 0 C’J 0000000000000000000 C’~i 004004

— --.. 04 Z a).-. ~ ~Z .-. ~ F’- ..... 0) -~ 0)-.- 00—— 0404—-.. 04 •-... a) -... -.. (0.-.. CD ~ F’..-. CX) XZ 0) .... 00 ~- — (‘4 (N — ... 04 .-. “CF’ Z U).-. CD ~Z F’- ~ CO ~Z 0) Z 00—— (‘4 (‘4
— (N C”) ~t (0 (0 F’. CO 0)————— — — (‘4 C”) ~t (0 CD F.-. 0) 0) ~- — ~-~-~-- — ~- 04 C”) ~ U) CD F’.- (0 0) ~ ~- ~- ~- ~- ~-

0
0
0

01

—2012 —2013 -.2014 2015

$13.00

One Year Average Zone 6 Forward Strip

$11.00

$10.00

U)
D

$9.00

$8.00 -

$7.00

$6.00

$5.00



$17.00

$16.00

$15.00

$14.00 -

$13.00

$12.00
z

$11.00

~ $10.00
D

$9.00

$8.00

$7.00

$6.00

$5.00

$4.00

One Year Average Zone 6 Forward Strip

0
0
0

01
C)1

L 2007 ~2008 —~2009 2010 —~—2011 ~2012 ~~2013 —~-2014 ~~.—~2015j

t

v——-.
1-j- ~ ~ ~ p-.. ~,. r~-.- t~- r~.- t~ 0 r— o ~ 0 cO cO cO co cc) cc) co cc) co CX) CO cc) CO cc) CO cc) co cc) coo CX) 0cc) 00)0)0)0)0)0)0)0)0)0)0)0)0)0)0)0)0)0)0)00)00)0

0000000000000000000000000000000000000000000000000000000000000 0)0000000000
0)0000000000)00000)000 (NO (NO (N 0000000000000000000 (NO (N 0 (N 0000000000000000000 (NO (NO (N

(N cc) ~- (0 ~- (0 (N c0~— (0 ~— to (N co — CL) ~t r~.- — — ~- ~- c’~ ~— ~ to — to co — to ~- to (N (0 (N to — CO (N to — cO — — — (N to (N ~- (N (0_ to — to — to — to co — to — — ~

— (N 0) ~ If) (0 F- CO 0)~- — — — — — — (N C’) ~ to (0 ~— CO 0) ~-—~-—~- (N 0) ~t to to [.~ CO 0)—



000156



0
0
0
-~

$8.00

$6.00 L

$4.00

$2.00 . . ———..~. ...

1 1 1 1 1

De Fe Ap Ju Au Oc De Fe Ap Ju Au Cc De Fe Ap Ju Au Cc De Fe Ap Ju Au Cc De Fe Ap Ju Au Cc De

c~ b- r- n- g- t- c~ r- n- g- 1- c- b- r- ri~ g- t- c- b- r- n- g- t- c- b- r- n- g~ t- c

05 06 06 06 06 06 06 07 07 07 07 07 07 08 08 08 08 08 08 09 09 09 09 09 09 10 10 10 10 10 10

—12 Mth Running Del. Gas Price Coal Cost ~Reqd Break Even ($5.29)

$12.00

$10.00

Avg. 12 Month Running De)ivered Gas Price (MA & CT)



000158



~,~ AYIACI IMENT 16

~ ~c~O~
\I r ‘~ 7 I

~

~O~LE
Public Service Company of New Hampshire ~1~ec~uest TC-01
Docket No. DE 11-250 Dated: 0610412012

Q-TC-002-SPOI
Page 1 of 68

Witness: Frederick White, Jody J. TenBrock, Terrance J. Large
Request from: TransCanada

Question:
(Originally numbered TC-O1 Q-TC-002 in the Temporary Rates portion of this docket) Please
provide all fuel price forecasts available to PSNH at the time of its initial decision to construct
the flue gas scrubber at Merrimack Station.

Response:
ORIGINAL RESPONSE: PSNH objects to this question as it is based upon a faulty premise. Moreover,
the information requested is irrelevant to the subject of this proceeding. Notwithstanding this objectIon,
PSNH responds as follows:

See the response to TC-01, Q-TC-001.

SUPPLEMENTAL RESPONSE: The initial round of contracts for construction of the scrubber were
signed in October, 2008. The fuel price forecasts available to PSNH at that time are provided in the
attached; which includes NYMEX (natural gas) and broker (coal) forward fuel price quotations from June,
2008, and fuel price forecasts (various) received from industry consultants in February, March, July, and
August, 2008. In the scrubber analyses prepared by PSNH, in advance of October, 2008, the company
examined a range of values for various cost items, including fuel prices, and did not rely on a singular fuel
price forecast.
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Docket No. DE 11-250
Data Request TCOI-02-SPO2

Dated 1111113
Q-TC-002-SPO2, Page 2 of 68

NYMEX Closing Prices - June 11 2008

$/MMBtu

Natural Gas Transportation Basis from Henry Hub
Year at Henry Hub Transco Zone 6 Tetco M-3

2008 (Jul-Dec) 12.909 1.714 1.216
2009 11.718 2.178 1.393
2010 10,596 1.919 1.325
2011 10,278 1.801 1.233
2012 10.342 1.700 1.150
2013 10.548
2014 10.767
2015 10.992
2016 11.223
2017 11.459
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Docket No. DE 11-250
Data Request TCO1-02-SPO2

Dated 1/11/13
Q-TC-002-SPO2, Page 3 of 68

IICAR
IC/hP United, Inc - Coal
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1989-1998 data was updated using the latest figures from the Master Oil and Gas Database
Basis differences for 1989-1995 were taken from actual data

Docket No. DE 11-250
Data Request TCO1-02-SP02

Dated 1/11/13
Q-TC-002-SPO2, Page 4 of 68

PETROLEUM PRODUCT PRICES FORECAST
No. 2 Fuel Oil (0.2% Sulfur)

$/MMBtu (Connecticut)

Current $ Percent Change
Year Residential Commercial Industrial Electric Residential Commerclsl lndustrl~l Electric
1970 54.48 61.09 $0.73 $0.37
1971 $1.66 SuB $0.77 $0.54 5.4% 6.4% 5.5% 45.9%
1972 $1.58 $l.16 $0.77 $0.91 0.0% 0.0% 0.0% 68.6%
1973 $1.77 $1.38 $0.99 $1.29 13.5% 19.0% 28.6% 41.8%
1974 $2.88 $2.46 $2.24 $2.28 62.7% 78.3% 126.3% 76.7%
1975 $2.84 $2.44 $2.41 $2.35 -1.4% -0,8% 7.6% 3.5%
1976 $3.04 $2.52 $2.52 $2.40 7.0% 7.4% 4,6% 1.7%
1977 $3.40 $2.96 $2.78 $2.38 11.8% 13.0% 10,3% -0.8%
1978 $3.61 $3.12 $2.88 $2.00 6.2% 5.4% 3.6% -16.0%
1979 $5.19 $4.59 $4.01 $3.64 43.8% 47.1% 39.2% 82.0%
1980 $7.07 $&37 $5.75 $6.13 36.2% 38.8% 43.4% 68.4%
1981 $8.77 $8.04 $6.93 $7.78 24.0% 26.2% 20.5% 26.9%
1982 $8.53 $7.80 $7.74 $7.31 -2.7% -3,0% 11.7% -6.0%
1983 $8.46 $7.46 $7.42 $6.28 -0.8% -4,4% -4.1% -14.1%
1984 $8.69 $7.41 $6.95 $6.21 2,7% -0,7% -6.3% -1.1%
1985 $8.37 $7.07 $6.75 $5.88 -3.7% -4.6% -2.9% -5.3%
1986 $6.90 $4.97 $4.43 $3.59 -17.6% -29.7% -34.4% -38.9%
1987 $6.46 $4.88 $4.88 $4.01 -6.4% -1.8% 10,2% 11.7%
1988 $6.61 $4.65 $4.67 $3.64 2.3% -4.7% -4,3% -9.2%
1989 $7.23 $5.61 $6.54 $4.26 9.4% 18.5% 18.6% 17.0%
1990 $8.55 $6.80 $6.77 $6.67 18.3% 23,4% 22.2% 33.1%
1991 $8.27 $6.09 $5.93 $4.92 -3.3% -10.4% -12.4% -13.2%
1992 $7.24 $5.45 $5.11 $4.82 -12.5% -10.5% -13,8% -2.0%
1993 $7.02 $6.22 $6.06 $4.12 -3.0% -4.2% -1.0% -14.5%
1994 $6.80 $5.01 $4.78 $3.82 -3.1% -4.0% -5.5% -7.3%
1995 $6.50 $4.94 $4.77 $3.82 -2.9% -1.4% -0.2% 0.0%
1996 $7.54 $6.77 $6.91 $4.76 14.2% 16.8% 23.9% 24,6%
1997 $7.36 $5.54 $5.49 $4.88 -2.4% -4.0% -7,1% 2,5%
1998 $6.35 $4.48 $4.52 $3.28 -13,7% -19.1% -17.7% -32.8%
1999 $6.51 $4.86 $4.86 $4.03 2.5% 8.5% 7.5% 22.9%
2000 $9.87 $7.73 $7.71 $6.51 Sl,6% 59.l% 58,6% 69.0%
2001 $9.47 $7.32 $6.69 $5.79 —4.1% -5,3% -13.2% -15.0%
2002 $8.54 $6.87 $6.31 $5.29 -9.8% -6.1% -5.7% -8.6%
2003 $10.35 $8.12 $7.58 $6.86 21.3% 18.2% 20.1% 29.5%
2004 $11.60 $9.87 $9.68 $6.43 12,0% 21.6% 26.4% -6.1%
2005 $15.80 $13.54 $13.25 $l2.29 36.2% 38.2% 38.3% 91.2%
2006 $17.20 $14.99 $14.60 $13.62 8.9% 10.0% 10.2% 10.8%
2007 $18.93 $16.68 $16.28 $15.28 10.0% 11.2% 11.5% 12.2%
2008 $22.22 $19.93 $19.53 $18.51 17.4% 19.5% 20.0% 21.2%
2009 $21.66 $19.34 $18.93 $17.90 -2.5% -3.0% -3.1% -3.3%
2010 $21.50 $19.14 $18.72 $17.58 -0.8% -1.0% -1.1% -1.2%
2011 $21.77 $19.38 $18.98 $17.90 1.3% 1.3% 1.3% 1.2%
2012 $22.37 $19.95 $19.52 $18.45 2.8% 2.9% 3.0% 3.1%
2013 $22.98 $20.53 $20.09 $19.00 2,7% 2.9% 2.9% 3.0%
2014 $23.60 $21.12 $20.68 $19.67 2.7% 2.9% 2.9% 3.0%
2015 $24.24 $21.73 $21.28 $20.16 2.7% 2.9% 2.9% 3.0%
2016 $24.89 $22.34 $21.89 $20.75 2.7% 2.8% 2.9% 2.9%
2017 $25.82 $23.24 $22.78 $21.63 3.7% 4.0% 4.1% 4.2%
2018 $26.79 $24.17 $23.71 $22.54 3.8% 4.0% 4.1% 4.2%

Note;



Docket No. DE 11-i
Data Request TC01-02-SPO~≤

Dated 1111113
Q-TC-002-SPO2, Page 5 of 68

PETROLEUM PRODUCT PRICES FORECAST
Residual Fuel Oil (1.0% Sulfur) - Annual

$IMMBtU (Connecticut)

Current $ Percent change
Year Commercial Industrial Electric Commercial Industrial ] Electric
1970 $0.42 $0.43 $038
1971 $0.59 so.ei $0.54 40.5% 41.9% 42.1%
1972 $0.70 $0.66 $0.65 18.6% 8.2% 20.4%
1973 $0.83 $0.79 $0.85 18.6% 19.7% 30.8%
1974 $2.00 $2.02 $2.06 141.0% 155.7% 142.4%
1975 $1.97 $2.12 $2.02 -1.5% 5,0% -1.9%
1976 $1.87 $2.08 $1.94 -5.1% -1.9% -4.0%
1977 $2.22 $2.31 $2.24 18.7% 11.1% 15.5%
1978 $2.11 $2.34 $2.13 -5.0% 1.3% -4.9%
1979 $3.35 $3.41 $3.32 58,8% 45.7% 55.9%
1980 $4.59 $4.55 $4.70 37.0% 33.4% 41.6%
1981 $5.49 $5.74 $5.56 19.6% 26.2% 18.3%
1982 $4.67 $4.88 $4.75 -14.9% -15.0% -14.6%
1983 $4.51 $4.67 $4.54 -3.4% -4,3% -4.4%
1984 $5.25 $5.25 $4.84 16.4% 12.4% 6.6%
1985 $4.68 $4.68 $4.24 -10.9% -10.9% -12.4%
1986 $2.79 $2.79 $2.51 -40.4% -40,4% -40.8%
1987 $3.12 $3.12 $2.93 11.8% 11.8% 16.7%
1988 $2.57 $2.57 $2.40 -17.6% -17.6% -18.1%
1989 $3.04 $3.04 $2.85 18.3% 18.3% 18.8%
1990 $3.25 $3.25 $3.01 6.9% 6.9% 5.6%
1991 $2.69 $2.69 $2.47 -17.2% -17.2% -17,9%
1992 $2.53 $2.53 $2.40 -5.9% -5.9% -2.8%
1993 $2.66 $2.66 $2.39 5.1% 5.1% -0.4%
1994 $3.16 $3.16 $2.52 18.8% 18.8% 5,4%
1995 $3.38 $3.38 $2.63 7.0% 7,0% 4,4%
1996 $3.90 $3.90 $3.2l 15.4% 15,4% 22.1%
1997 $3.15 $3.15 $2.92 -19,2% -19.2% -9.0%
l998 $2.46 $2.46 $2.18 -21.9% -21.9% -25.3%
1999 $2.55 $2.55 $2.23 3.7% 3.7% 2.3%
2000 $4.36 $4.36 $3.27 71.0% 71.0% --

2001 $4.04 $4.04 $3.37 -7,3% -7.3% —

2002 $4.67 $4.67 $3.67 15.6% 15.6% 8.9%
2003 $5.40 $5.40 $3.74 15,6% 15.6% 1.9%
2004 $5.64 $5.64 $3.96 4.4% 4.4% 5.9%
2005 $7.42 $7.42 $6.62 31.5% 31,5% 67.3%
2006 $8.31 $8.31 $7.50 12.1% 12.1% 13.2%
2007 $9.47 $9.47 $8.64 13,9% 139% 15.2%
2008 $11.41 $11.41 $10.57 20.5% 20.5% 22.3%
2009 $10.94 $10.94 $10.09 -4.1% -4.1% -4.5%
2010 $10.71 $10.71 $9.85 -2.1% -2.1% -2.4%
2011 $11.26 $11.26 $10.38 5.1% 5.1% 5.4%
2012 $11.59 $11.59 $10.70 3.0% 3.0% 3,1%
2013 $11.93 $11.93 $11.03 2.9% 2.9% 3,1%
2014 $12.28 $12.28 $11.37 2.9% 2.9% 3.0%
2015 $12.63 $12.63 $11.71 2.9% 2.9% 3.0%
2016 $12.99 $12.99 $12.06 2.9% 2.9% 3.0%
2017 $13.52 $13.52 $12.58 4.1% 4.1% 4.3%
2018 $14.08 $14.08 $13.12 4.1% 4.1% 4.3%

0
0
0

0)



Docket No. DE 11-250
Data Request TCO1-02-SPO2

Dated 1/11113
Q-TC-002-SPO2, Page 6 of 68

PETROLEUM PRODUCT PRICES FORECAST
Residual Fuel Oil (1.0% Sulfur) - Annual

$/MMBtu (Connecticut)

Current $ Percent Change
Year Commercial Industrial Electric Commercial industrial Electric
1993 $2.66 $2.66 $2.39
1994 $3.16 $3.16 $2.52 18.8% 18.8% 5.4%
1995 $3.36 $3.38 $2.63 7.0% 7.0% 4.4%
1996 $3.90 $3.90 $3.24 15.4% 15.4% 23.2%
1997 $3.15 $3.15 $2.92 -19.2% -19.2% -9.9%
1998 $2.46 $2.46 $2.18 -21,9% .21.9% -25.3%
1999 $2.55 $2.55 $2.23 3.7% 3,7% 2.3%
2000 $4.36 $4.36 $3.27 71.0% 71.0% —

2001 $4.04 $4.04 $3.37 -7.3% -7.3% —

2002 $4.67 $4.67 $3.67 15.6% 15.6% 8.9%
2003 $5.40 $5.40 $3.74 15.6% 15.6% 1.9%
2004 $5.64 $5.64 $3.96 4.4% 4.4% 5.9%
2005 $7.42 $7.42 $6.62 31.5% 31.5% 67.3%
2006 $8.31 $8.31 $7.50 12.1% 12.1% 13.2%
2007 $9.47 $9.47 $8.64 13.9% 13.9% 15.2%
2008 $11.41 $11.41 $10.57 20.5% 20.5% 22.3%
2009 $10.94 $10.94 $10.09 -4.1% -4.1% -4.5%
2010 $10.71 $10.71 $9.85 -2.1% -2.1% -2.4%
2011 $11.26 $11.26 $10.38 5.1% 5.1% 5.4%
2012 $11.59 $11.59 $10.70 3.0% 3.0% 3.1%
2013 $11.93 $11.93 $11.03 2.9% 2.9% 3.1%
2014 $12.28 $12.28 $11.37 2.9% 2.9% 3.0%
2015 $12.63 $12.63 $11.71 2.9% 2.9% 3.0%
2016 $12.99 $12.99 $12.06 2.9% 2.9% 3.0%
2017 $13.52 $13.52 $12.58 6.1% 4.1% 4.3%
2018 $14.08 $14.08 $13.12 4.1% 4.1% 4.3%

0
0
0
-~

0)



Docket No. DE 11-k
Data Request TCO1-02-SPO2

Dated 1/11113
Q-TC-002-SPO2, Page 7 of 68

PETROLEUM PRODUCT PRICES FORECAST
Residual Fuel Oil (1.0% Sulfur) - Summer

$IMMBtu (Connecticut)

Current $ Percent Change
Year Commercial IndustrIal Electric Commercial Industrial ElectrIc
1993 $2.74 $2.74 $2.47
1994 $3.12 $3.12 $2.48 14.0% 14.0% 0.5%
1995 $3.35 $3.35 $2.60 7.5% 7.5% 5.0%
1996 $3.78 $3.78 $3.12 12,8% 12.8% 20.0%
1997 $3.06 $3.06 $2.83 -19.1% -19.1% -9.4%
1998 $2.53 $2.53 $2.25 -17.5% -17,5% -20.7%
1999 $2.72 $2.72 $2.40 7.7% 7.7% 6.8%
2000 $4.47 $4.47 — 64.6% 64.6% —

2001 $4.01 $4.01 $3.34 -10.4% -10.4% —

2002 $4.93 $4.93 $3.93 23.0% 23.0% 17.7%
2003 $5.11 $5.11 $3.45 3.6% 3.6% -12,3%
2004 $5.74 $5.74 $4.06 12.4% 12.4% 17.7%
2005 $7.76 $7.76 $6.97 35.2% 35.2% 71.6%
2006 $8.43 $8.43 $7.62 8.6% 8.6% 9,3%
2007 $10.60 $10.60 $9.77 25.7% 25.7% 28.2%
2008 $10.95 $10.95 $10.11 3.3% 3.3% 3.5%
2009 $10.60 $10.60 $9.75 -3.2% -3.2% -3.6%
2010 $10.50 $10.50 $9.64 -1.0% -1.0% -1.2%
2011 $11.03 $11.03 $10.16 5.1% 5.1% 5.4%
2012 $11.71 $11.71 $10.82 6.2% 6.2% 6.6%
2013 $12.05 $12.05 $11.15 2.9% 2.9% 3.0%
2014 $12.40 $12.40 $11.49 2.9% 2,9% 3.0%
2015 $12.75 $12.75 $11.83 2.9% 2.9% 3.0%
2016 $13.12 $13.12 $12.18 2.8% 2.8% 2.9%
2017 $13.64 $13.64 $12.70 4.0% 4.0% 4.2%
2018 $14.20 $14.20 $13.24 4.0% 4,0% 4.2%

0
0
0

0)
C,’



Docket No. DE 11-250
Data Request TCO1-02-SPO2

Dated 1/11/13
Q-TC-002-SPO2, Page 8 of 68

PETROLEUM PRODUCT PRICES FORECAST
Residual Fuel Oil (1.0% Sulfur) - Winter

$IMMBtu (Connecticut)

Current$
Year Commercial Industrial Electric Commercial industrial Electric
1993 $2.55 $2.55 $2.28
1994 $3.22 $3.22 $2.58 26.0% 26.0% 12.9%
1995 $3.42 $3.42 $2.67 6.2% 6.2% 3.5%
1996 $4.06 $4.06 $3.40 18.9% 18.9% 276%
1997 $3.27 $3.27 $3.04 .19.4% -19.4% -10.5%
1995 $2.37 $2.37 $2.09 -27.7% -27.7% -31.4%
1999 $2.31 $2.31 $1.99 -2.3% -2.3% -4,5%
2000 $4.20 $4.20 — 81.5% 81.5% —

2001 $4.08 $4.08 63.41 -2.8% -2.8% —

2002 $4.30 $4.30 $3.30 5.4% 5.4% -3.2%
2003 $5.80 $5.80 $4.14 34.9% 34.9% 25.5%
2004 $5.50 $5.50 $3.82 -5.3% -5.3% -7.9%
2005 $6.91 $6.91 $6.12 25.8% 25.8% 60.4%
2006 $8.14 $8.14 $7.33 17.8% 17.8% 19,8%
2007 $10.67 $10.67 $9.84 31.0% 31.0% 34.2%
2008 $12.05 $12.05 $11.22 13.0% 13.0% 13.9%
2009 $11.42 $11.42 $10.57 -5.3% -5.3% -5.8%
2010 $11.01 $11.01 $10.15 -3.6% -3.6% -4.0%
2011 $11.57 $11.57 $10.70 5.1% 5.1% 5.4%
2012 $11.42 $11.42 $10.54 -1.3% -1.3% -1.5%
2013 $11.76 $11.76 $10.86 3.0% 3.0% 3,1%
2014 $12.11 $12.11 $11.20 2.9% 2.9% 3.1%
2015 $12.46 $12.46 $11.54 2.9% 2.9% 3.1%
2016 $12.83 $12.83 $11.89 2.9% 2.9% 3.0%
2017 $13.36 $13.36 $12.41 4.1% 4.1% 4.3%
2018 $13.91 $13.91 $12.95 4.1% 4.1% 4.3%

0
0
0

0,
a)



Docket No. DE 1 1-~
Data Request TCO1-02-SP0~

Dated 1/11/13
Q-TC-002-SPO2, Page 9 of 68

0
0
0
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DELIVERED NATURAL GAS PRICES FORECAST
$IMMBtu (Connecticut)

Current $ Percent Change
Year Residential Commercial Industrial Electric Residential Commerciai industrial Electric
1970 $1.88 $1.45 $1.03 $0.34
1971 $2.04 $1.53 $1.14 $0.38 8.5% 5.5% 10.7% 11.8%
1972 $2.05 $1.59 $1.15 $0.43 1.0% 3.9% 0.9% 13.2%
1973 $2.21 $1.79 $1.24 $0.53 7.3% 12.6% 7.8% 23.3%
1974 $2.76 $2.20 $1.71 $0.63 24.9% 22.9% 37,9% 18.9%
1975 $3.28 $2.64 $2.24 $1.36 18.8% 20.0% 31.0% 115.9%
1976 $3.38 $3.20 $2.65 $1.65 3,0% 21.2% 18.3% 21.3%
1977 $4.30 $3.53 $2.94 27.2% 10.3% 10.9%
1978 $4.42 $3.72 $3.04 2.8% 5.4% 3.4%
1979 $4.69 $3.90 $3.25 6.1% 4.8% 6.9%
1980 $5.72 $4.67 $4.08 22.0% 19.7% 2S.5%
1981 $6.68 $5.46 $4.97 16.8% 16.9% 21.8%
1982 $8.29 $6.78 $5.86 24.1% 24.2% 17.9%
1983 $9.43 $7.24 $5.76 13.8% 6.8% -1.7%
1984 $8.56 $6.49 $5.47 $3.71 -9.2% -10.4% -5.0%
1985 $8.88 $6.59 $5.38 $3.39 3.7% 1.5% -1.6% -8.6%
1986 $8.57 $6.24 $4.53 $2.09 -3.5% -5.3% -15.8% -38.3%
1967 $7.96 $5.59 $4.08 $2.37 -7.1% -10.4% -9.9% 13.4%
1988 $7.63 $5.45 $3.92 $2.17 -4,1% -2.5% -3.9% -8.4%
1989 $7.98 $5.88 $4.36 $2.51 4,6% 7.9% 11.2% 15.7%
1990 $8.58 $6.30 $4.80 $2.81 7.5% 7.1% 10.2% 12.0%
1991 $8.74 $6.90 $4.84 $2.16 2.0% 9.6% 0.6% -23,1%
1992 $8.96 $7.20 $4.92 $2.74 2.5% 4.3% 1.7% 26.9%
1993 $9.16 $6.81 $4.63 $3.79 2.2% -5.4% -5.8% 38.2%
1994 $9.84 $7.18 $4.36 $1.93 7.5% 5.3% -5.9% -49.0%
1995 $9.70 $7.34 $4.26 $1.95 -1.4% 2.3% -2.3% 1.0%
1996 $9.79 $7.19 $4.66 $2.68 0.8% -2.1% 9.4% 37.3%
1997 $10.03 $7.02 $4.59 $2.40 2.5% -2.4% -1.4% -10.5%
1998 $10.29 $6.69 $4.21 $2.37 2.6% -4.7% -8.2% -1.2%
1999 $10.23 $6.34 $4.03 $2.66 -0.6% -5.2% -4.4% 12.3%
2000 $11.10 $6.43 $5.78 $3.97 8.4% 1.4% 43.4% 49.4%
2001 $11.84 $7.46 $6.57 $3.09 6.7% 16.0% 13.8% -22,2%
2002 $10.83 $6.97 $4.83 $3.51 -8.6% -6.5% -26.6% 13.4%
2003 $12.40 $10.17 $7.30 $6.20 14.5% 45.8% 51.3% 76.6%
2004 $13.65 $10.98 $9.05 $6.70 10.1% 8,0% 23.9% 8.1%
2005 $15.79 $12.70 $11.36 $9.61 15.6% 15.6% 25.5% 43.5%
2006 $17.10 $13.20 $10.58 $7.30 8.3% 4.0% -7.0% -24,0%
2007 $15.20 $11.92 $9.31 $7.77 -11.1% -9.7% -11.8% 6.4%
2008 $15.55 $12.23 $9.58 $8.02 2.3% 2.6% 2.9% 3.2%
2009 $15.34 $11.96 $9.28 $7.69 -1.4% -2.2% -3.2% -4.1%
2010 $15.47 $12.05 $9.32 $7.72 0.9% 0.7% 0.5% 0.3%
2011 $15.81 $12.34 $9.58 $7.95 2.2% 2.4% 2.7% 3.0%
2012 $16.43 $12.91 $10.11 $8.46 3.9% 4.6% 5.5% 6,4%
2013 $16.96 $13.39 $10.56 $8.88 3.3% 3.8% 4.4% 5.0%
2014 $17.33 $13.71 $10.84 $9.14 2.2% 2.4% 2.7% 2.9%
2015 $17.71 $14.04 $11.13 $9.41 2.2% 2.4% 2.7% 2.9%
2016 $18.09 $14.38 $11.43 $9.68 2.2% 2.4% 2.7% 2.9%
2017 $18.48 $14.72 $11.73 $9.96 2.1% 2.4% 2.6% 2.9%
2018 $18.88 $15.07 $12.04 $10.25 2.2% 2.4% 2.6% 2.9%

Note: Beginning in 2000, deilverea natural gas prices br the electric sector are estimcted.
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Winter

DELIVERED PROPANE PRICES FORECAST
Cents/Gallon (Selkirk)

Annual Summer

Percent
Year Current$ Chang~~
1989 —

1990 —

1991 45.3
1992 39.1 -13.8%
1993 40.2 3.0%
1994 40.8 1.3%
1995 42,6 4.4%
1996 59.8 40.4%
1997 51,8 -13.3%
1998 37.1 -28.4%
1999 40.7 9.6%
2000 72.3 77.8%
2001 61.7 -14.7%
2002 50.3 -18.4%
2003 74.3 47.6%
2004 84.5 13.7%
2005 99.4 17.7%
2006 104.9 5.5%
2007 137,8 31,3%
2008 178,8 29,8%
2009 169.6 -5.1%
2010 152.0 -10.4%
2011 154.5 1.6%
2012 160.6 4.0%
2013 167.0 3.9%
2014 173.4 3.9%
2015 180.0 3.8%
2016 186.7 3.7%
2017 196.7 5.3%
2018 207.1 5.3%

Percent
Year Current$
1989 --

1990 --

1991 42.6
1992 40.9 -4.1%
1993 40.8 -0.1%
1994 40,6 -0,6%
1995 41.9 3.3%
1996 56.9 35,7%
1997 48.9 -14.0%
1998 36.5 -25,3%
1999 44,2 21.0%
2000 69.1 56.3%
2001 62,3 -9.9%
2002 52,3 -15.9%
2003 74.0 41.3%
2004 95.7 29,4%
2005 100.5 5.0%
2006 109.8 9.3%
2007 137.5 25.2%
2008 176.3 25.3%
2009 168.0 -4.7%
2010 155.9 -7.1%
2011 158.4 1.6%
2012 164.8 4.0%
2013 171.3 39%
2014 178.0 3.9%
2015 184.8 3.8%
2016 191.7 3.7%
2017 202.0 5.4%
2018 212.7 5.3%

Percent
Year Current $ Change
1989 —

1990 —

1991 40.7
1992 42.1 3,6%
1993 41,3 -2.1%
1994 40.5 -1.9%
1995 41.5 2.6%
1996 54.9 32.2%
1997 46.9 -14.6%
1998 36.1 -22.9%
1999 46.7 29.3%
2000 66,7 43.0%
2001 55.0 -17.6%
2002 52.5 -4.5%
2003 64,4 22.6%
2004 85.8 33.2%
2005 101.3 18.0%
2006 113.3 11.9%
2007 137.2 21.1%
2008 174.5 27,1%
2009 166.8 -4.4%
2010 158.8 -4.8%
2011 161.3 1.6%
2012 167,8 4.0%
2013 174.5 4.0%
2014 181.2 3.9%
2015 188.2 3.8%
2016 195.3 3.8%
2017 205.8 5.4%
2018 216.7 5.3%



HENRY HUB NATURAL GAS PRICE FORECAST
$/MMBtu
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Dated 1/11113
Q-TC-002-SPO2, Page 11 of 68

Current $ Percent Change
Year Annual Summer Winter Annual Summer Winter
1989 $1.70 $1.61 $1.82
1990 $1.70 $1.48 $2.01 0.1% -8,1% 10.2%
1991 $1.49 $1.39 $1.62 -12.5% -5.7% -19.4%
1992 $1.77 $1.87 $1.63 19.2% 34.4% 0.9%
1993 $2.12 $2.16 $2.07 19.7% 15.4% 26.7%
1994 $1.92 $1.78 $2.11 -9.5% -17.4% 2.0%
1995 $1.69 $1.61 $1.79 -12.2% -9.7% -15.1%
1996 $2.76 $2.31 $3.39 63.4% 43.3% 88.7%
1997 82.53 $2.40 $2.70 -8.4% 4.0% -20.3%
1998 $2.08 $2.11 $2.05 -17.5% -12.1% -24.1%
1999 $2.27 $2.41 $2.06 8.7% 14.3% 0.7%
2000 $4.23 $4.19 $4.28 86.6% 73.9% 107.2%
2001 $4.07 $3.44 $4.96 -3.7% -18.0% 15.9%
2002 $3.33 $3.40 $3.23 -18.2% -1.0% -34.9%
2003 $5.63 $5.17 $6.26 68.9% 51.9% 94.0%
2004 $5.84 $5.83 $5.86 3.9% 12.8% -6.4%
2005 $8.81 $8.97 $8.59 50.8% 53.7% 46.6%
2006 $6.76 $6.21 $7.54 -23.3% -30.8% -12.3%
2007 $6.95 $6.82 $7.12 2.7% 9.9% -5.5%
2008 $7.17 86.92 $7.52 3,2% 1.5% 5.5%
2009 $6.83 $6.74 $6.95 -4.8% -26% -7.6%
2010 $6.84 $6.38 $7.48 0.1% -54% 7.6%
2011 $7.06 $6.59 $7.72 3.2% 3.2% 3.2%
2012 87.55 $7.05 $8.26 7.0% 7.0% 7.0%
2013 $7.97 $7.44 $8.71 5.5% 5,5% 5.5%
2014 $8.21 $7.67 $8.98 3.1% 3.1% 3.1%
2015 $8.47 $7.90 $9.26 3.1% 3.1% 3.1%
2016 88.73 $8.15 $9.55 3.1% 3.1% 3.1%
2017 $9.00 $8.40 $9.84 3.1% 3.1% 3.1%
2018 $9.27 $8.65 $10.14 3.1% 3.1% 3.1%

0
0
0
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Tx-LA ONSHORE WELLHEAD NATURAL GAS PR)CE FORECAST
$IMMBtu

Current $ Percent Change
Year Annual Summer Winter Annual Summer Winter
1989 $1.63 $1.55 $1.76
1990 $1.61 $1.42 $1.87 -1.6% -8.1% 6.5%
1991 $1.39 $1.30 $1.52 -13.3% -8.2% -18.8%
1992 $1.65 $1.74 $1.52 18.4% 33.9% -0.2%
1993 $2.00 ‘ $2.04 $1.94 21.2% 17.1% 27.9%
1994 $1.78 $1.68 $1.93 -11.0% -17.9% -0.7%
1995 $1.55 $1.49 $1.65 -12.7% -11.4% -14.3%
1996 $2.45 $2.13 $2.90 57.6% 43.1% 75.8%
1997 $2.39 $2.27 $2.56 -2.4% 6.9% -11.9%
1998 $1.98 $2.01 $1.94 -17.0% -11.4% -24.0%
1999 $2.15 $2.30 $1.94 8.3% 14.1% 0,0%
2000 $4.09 $4.05 $4.13 90.1% 76.5% 112.8%
2001 $3.93 $3.32 $4.78 -3.8% -18.0% 15.6%
2002 $3.21 $3.28 $3.10 -18,4% -1.1% -35.2%
2003 $5.39 $5.00 $5.92 68,0% 52.4% 91.2%
2004 $5.72 $5.66 $5.80 6.1% 13,1% -2.1%
2005 $8.25 $8.56 $7.82 44.4% 51.3% 34.9%
2006 $6.48 $6.05 $7.10 -21.4% -29.4% -9.2%
2007 $6.69 $6.63 $6.78 3.2% 9.6% -4.5%
2008 $6.90 $6.65 $7.25 3.2% 0,4% 7.0%
2009 $6.56 $6.47 $6.68 -4.9% -2.7% -7.8%
2010 $6.57 $6.11 $7.21 0.1% -5.6% 7.9%
2011 $6.79 $6.32 $7.45 3.4% 3.4% 3.4%
2012 $7.28 $6.78 $7.99 7.3% 7.3% 7.3%
2013 $7.82 $7.68 $8.11 7.4% 13.3% 1.5%
2014 $8.07 $7.93 $8.36 3.1% 3.2% 3.1%
2015 $8.32 $8.18 $8.61 3.1% 3.2% 3.1%
2016 $8.58 $8.44 $8.88 3.1% 3.1% 3.0%
2017 $8.84 $8.70 $9.14 3.1% 3.1% 3.0%
2018 $9.12 $8.97 $9.42 3.1% 3.1% 3.0%

0
0
0

0



LA GULF COAST ONSHORE GAS PRICE FORECAST
$IMMBtu

Docket No. DE 1 1-~
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Dated 1/11113
Q-TC-002-SPO2, Page 13 0168

Current $ Percent Change
Year Annual Summer Winter Annual Summer Winter
1989 $1.69 $1.60 $1.81
1990 $1.69 $1.48 $1.98 0.0% -7.5% 9.4%
1991 $1.48 $1.37 $1.62 -12.4% -7.1% -17.9%
1992 $1.74 $1.86 $1.57 17.8% 35.8% -3.6%
1993 $2.10 $2.16 $2.02 20.8% 15.9% 29.0%
1994 $1.89 $1.77 $2.06 -10.2% -18.2% 1.8%
1995 $1.60 $1.54 $1.69 -15.1% -13.0% -17.6%
1996 $2.62 $2.18 $3.25 63.7% 41.5% 91.9%
1997 $2.45 $2.31 $2.65 -6.6% 6,2% -18.6%
1998 $2.04 $2.05 $2.02 -16.8% -11.1% -23.7%
1999 $2.21 $2.34 $2.02 8.3% 14.1% 0.0%
2000 $4.16 $4.12 $4.22 88.6% 75.8% 109.3%
2001 $3.98 $3.37 $4.85 -4.3% -18.3% 14.8%
2002 $3.26 $3.33 $3.16 -18.2% -1.2% -34.8%
2003 $5.39 $5.04 $5.88 65.5% 51.5% 86.0%
2004 $5.69 $5.56 $5.86 5.5% 10.4% -0.4%
2005 $8.63 $8.92 $6.23 51.8% 60.3% 40.4%
2006 ‘ $6.72 $6.26 $7.35 -22.2% -29.8% -10.7%
2007 $6.94 $6.79 $7.16 3.4% 8.4% -2.6%
2008 $7.12 $6.87 $7.47 2.5% 1.2% 4.3%
2009 $6.78 $6.69 $6.90 -4.8% -2.6% -7.6%
2010 $6.79 $6.33 $7.43 0.1% -5.4% 7.6%
2011 $7.01 $6.54 $7.67 3.3% 3,3% 3.3%
2012 $7.50 $7.00 $8.21 7,1% 7.1% 7.1%
2013 $7.84 $7.76 $7.83 4,5% 10.8% -4,6%
2014 $8.09 $8.00 $8.08 3.1% 3.1% 3.1%
2015 $8.34 $8.25 $8.33 3.1% 3.2% 3.1%
2016 $8.60 $8.51 $8.59 3.1% 3.1% 3.1%
2017 $8.87 $8.77 $8.86 3.1% 3.1% 3,1%
2018 $9.14 $9.05 $9.13 3.1% 3.1% 3,1%

0
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Boston City Gate Natural Gas Price
$IMMBtu

Current $ Percent Change
Year Annual Summer Winter Annual Summer Winter
1992 $2.28 $2.30 $2.26
1993 $2.57 $2.53 $2.64 12.8% 10,1% 16.6%
1994 $2.44 $2.10 $2.92 -5.3% -17.2% 10.7%
1995 $2.25 $1.89 $2.76 -7.5% -9.8% -5.3%
1996 $3.60 $2.60 $4.99 59.6% 37.5% 80.8%
1997 $2.94 $2.72 $3.25 -18.4% 4.4% -35.0%
1998 $2.42 $2.37 $2.48 -17.7% -12.7% -23.6%
1999 $2.57 $2.64 $2.48 6.3% 112% -02%
2000 $5.18 $4.50 $6.13 101.6% 70.7% 147.7%
2001 $4.42 $3.78 $5.32 -14.6% -16.0% -13.2%
2002 $3.52 $3.52 $3.52 -20,4% -6.8% -33.8%
2003 $635 $5.41 $7.01 80.2% 53.6% 98,9%
2004 $7.29 $6.35 $8.60 14.8% 17.4% 22.7%
2005 $9.85 $9.13 $10.87 35.3% 43.7% 26.5%
2006 $8.23 $6.86 $10.11 -18.5% -24.6% -7.0%
2007 $7.88 $7.43 $8.52 -4.2% 7,9% -15.8%
2008 $8.37 $7.56 $9.50 62% 1.8% 11.5%
2009 58.81 $8.72 $8.93 5.3% 15.4% -6.0%
2010 $8.82 $8.36 $9.46 0.1% -4.1% 5.9%
2011 $9.04 $8.67 $9.70 2.5% 2,5% 2.6%
2012 $9.53 $9.03 $10.24 5.5% 5.4% 5.6%
2013 $8.97 $8.07 $10.69 -5.9% -10.6% 4.4%
2014 $9.24 $8.30 $10.96 2.9% 2.9% 2.5%
2015 $9.50 $8.54 $11.24 2.9% . 2.9% 2.5%
2016 $9.78 $8.79 $11.53 2.9% 2.8% 2.5%
2017 $10.06 $9.04 811.82 2.9% 2.8% 2.5%
2018 $10.35 $9.29 $12.12 2,9% 2.8% 2.5%
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ANNUAL A)dEoAGr SPQT PRiCES No~4ZN$L DOU.AES PER TON
ANN LAVE8ACe S8’Or 01006 8003 3rjo7 eoi..L$I55 989 TON
UURRTEIU.Y SPOT P00(14 ‘NOMINAL. DOLLARS ~Eft TON

cot!
p054
$07

$821.

ANNUAL AVERAGE SPOT PRICES - NOMINAL DOLLARS PER TON

9803 $00~ 1995 1958 $897~’8~09’ 9990 2909 2000 1902 20031 1884 ‘2808 2806 ‘8000 2008 2080 2018 ~001$
04055om App.,J80h1,,
-1,8%, 13000 875 525.59 $26.41 $24.85 $24.45 $26.34 $26.04 $24.94 $23.65 $24.09 940,52 030.37 $31.04 $50.27 $54.42 $45.82 $46.61 $78.98 $50.48 $41.14 $37.42
.18% 53000 OTt) $25.06 $25.55 $23.49 $22.25 $22.51 $22.89 623.59 $22.12 $23.07 $39.46 $29.38 $29.83 $48.89 $52.23 $43.41 $45.85 $77.43 $49.13 $40.29 $36.70
-2.3%, 13000020 $22.48 $28.72 $21.48 $20.71 $21.26 $21.79 $22.54 $20.65 $22.05 $35.99 $27.58 $28.67 $47.91 $40.94 $39.80 $44.71 $75.80 $47.18 $39.00 $35.63

Coo801App~I~,d,l~
7% 12550 615 $24.31
7% 13000 67)) $26.08

15% 12500020 $21.94
-1,5%, 12500620 $21.54

Ohio
-4%, 12500620 $19.79

1Ill~,,), BonIo
-3%, 11000 SW (IL) $18.93
-3%, 1100)3820 (tOY) $20.03

Po,r*rR/,’.,BonIn
-.33%, 8400 67)) $3.58
‘.35%, 8800 OTt) $4.58

uk,5 00W,,
-.5%, 11500 SW $59.79

0901qn Cool
-.7%,120005TU $28.74
‘.8%, 11801620

Po5o1,,o,,, Cohn
‘6%130 9131, 14000820

$36.02 $26.75 $24.86 $26.01 $25.45 $35.97 $34.50 $24.90 $47.09 $29.30 $34.27 $38.62 $68.97 $55.91 $46.46 $80.20 $57.87 $04.36 $54.87
$27.58 $28.31 $26.60 935,80 535.35 $20.77 525.55 528,42 $50.05 $31.07 936,49 $62.42 $66.01 $59.56 $49.50 $85.52 $61.68 $57.99 $58.62
$24.01 $24.22 $22.84 $24.41 $24.02 $24.24 $23.29 523,45 $44.09 $27.35 $32.04 $55.03 $57.49 $50.71 $44.33 $76.94 $94.65 $50.03 $46.34
$23.92 $22.78 $21.72 $22.73 $23.05 $23.33 $22.07 925.72 838.50 $24.19 $29.19 $49.92 $53.18 545.49 940.72 $59.26 $39.79 $39.91 $42.00

$21.50 $20.83 $18.38 $10.23 $18.34 $18.05 $18.41 $18.09 $26.44 $20.72 $23.01 $33.25 $35.88 $32.55 $39.19 $69.01 $42.54 $35.36 $32.34

$21.88 $19.85 $16.96 $17.71 $18.10 $10.21 $17.44 $56.83 $24.63 $19.71 $19.61 $26.12 $27.54 $27.81 $37.01 $35.91 $32.47 $33.37 $33.43
$22.78 $20.99 $16.10 $19.29 920.25 $19.90 $10.81 $17.31 $29.93 $23.34 $22.09 $39.18 $29.82 529.96 628.91 $37.81 $34.29 935.58 935.27

$3.26 $4.34 $3.60 $3.09 $3.13 $3.35 $3.45 $3.43 $7.58 $4.74 $5.13 $5.23 $7.96 $10.17 $8.38 $12.91 $10.09 $10.08 $10.22
$4.64 68.08 $4.88 $4.11 $4.29 $4.45 $4.42 $4.39 $9.34 $5.01 $8.21 $6.26 $10.89 $12.74 $9.85 $11.16 $12.30 $11.49 $52.09

$19.35 913.64 $14.05 $13.88 $15.18 $15.09 $14.16 013.35 $20.09 $16.95 $17.13 $26.82 $33.11 $36.76 629.93 $38.15 $20.99 825.54 $24.86

$26.45 $20.05 $34.31 $32.76 $31.71 $29.31 $26.33 $27.89 $35.37 $27.70 533.43 659.18 850.12 $50.83 $62.03 $105.40 $65.52 $56.25 $32.13
$29.61 $26.70 $24.09 825.79 $32.94 $26.04 $31.41 $55.40 $46.90 $47.22 $57.85 $98.30 $65.13 $92.97 $40.81

$15.42 $12.15 $38.22 $19.39 03.32 $1.71 89.98 912.73 99.57 $13.03 $11.27 $17.10 $34.76 $44.90 $59.59 349.09 $48.86 $39.99
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ANNUAL A VERAGE SPOT PRICES - REAL 2007 DOLLARS PER TON
OME(A5E

y~. 1811~ ~8$4 4049 1604 l0~I 1$0 4688 21(44 2021 2002 2483 IOOC 2008 201(4 4047 ~‘ 29(20 200$ 2010 ‘ 2011
NorthnneApp.5180fl18
-1.6%, 13000 8Th $35.40 $35.72 $32.91 $31.73 $33.55 $32.62 $30.91 $28.89 $28.79 $47.30 $34.85 $34.87 $54.91 $07.00 $46.90 $46.61 $77.70 848.03 $39.03 $34.80
-1.8%, 13000 815) $34.08 $34.55 $31.11 $28.83 $29.08 $28.67 $29.23 $27.02 $27.50 $46.06 $33.71 $33.51 $53.40 $55.26 $44.52 $40.80 $76.07 $47.52 $38.22 534.14
-23% 13000 8113 $31.00 $29.37 $28.44 $20.88 $27.08 $27.31 $27.53 $25.23 $26.37 $42.02 $31.56 $32.21 $52.32 $51.77 $40.82 $44.72 $73.88 $45.55 $37.01 $33.14

C80olApp.5I.8th1~~
-.7%, 12500 801) $33.63
-.7%, 13000 8TU $36.08
-1,0%, 12500 ITO $20.36
-1.5%, 12500 OTU $20.80

Ohio
-4%, 12000 8111 527.38

2110,01511.5,18
-3%, 000008111(11) $26.18
-3%, 01000800(n)) $27.71

Powdo,Rl(80880in
-.33%, 8400816 $4.95
-.35%, 8800 812) $6.33

090110.5018
-.5%, 15500 ITO $27.30

FnloIg., Cool CoIon,b1~
-.7%, 12000812) $39.76
-.8%, 51600 BTIJ

Po8okom Coke
-6%/30 1111, 14000 851)

IMPUCIT PRICE
DEFLATOR (GOP) 86,40

51. ClonIc 2,77%

$35.19 $35.43 $32.27 $33.13 $31.89 $32.19 $29.92 $29.77
$37.29 $37.49 $34.52 $32.66 $31.64 $31.93 $30.72 $31.59
$32.48 $32.07 $29.64 $31.10 $30.10 $30.04 $28.45 $28.03
632.00 $30.06 $28.10 $28.96 $20.00 $28.01 $26.96 $25.86

$29.08 927.50 $23.05 $23.28 $22.90 $22.37 $22.40 $22.88

$29.31 $26.29 $22.02 $22.56 $22.60 $22.62 $21.30 $20.11
$30.80 $27.74 $23.49 $24.57 $25.37 $24.66 $22.90 $20.94

$4.41 $5.74 $4.67 $3.93 $3.92 $4.05 $4.21 $4.09
$6.27 $672 96.07 55.24 $5.37 $5.51 $5.40 $1.23

$26.17 $08.06 $18.24 $17.29 $19.01 $18.70 $17.30 $15.96

$35.77 $37.15 $44.53 $41.73 $30.73 $36.32 $32.10 $33.34
$37.10 $33.09 $20.42 $30.83

$20.42 $16.29 $23.20 $24.30 $4.36 $2.09 $11.93

68,39 90.27 92,10 93.85 95.40 96,47 97.86 100,00
2.35% 2,12% 2.04% 1,89% 1,67% 5.51% 1,4-1% 2,10%

954.97 $33.50 $38.51 $64.02 $65.56 $57.34 $40.46 $79.95 $55.98 $51.60 $50.04
$58.44 $35.65 $41.00 $60.17 $69.84 $61.09 $49.50 $84.14 $59.66 $11.02 $54.52
$51.47 $30.27 $36.00 $60.00 $60.82 $02.00 $44.33 $75.69 $52.06 $47.47 $43.00
$44.95 $27.76 $32.80 $54.53 $56.27 $46.65 $40.72 $58.39 530.48 $37.87 $39.06

$30.86 $23.70 $25.86 $36.32 $37.96 $33.38 $39.19 $67.89 $41.15 $33.55 $30.08

$29.75 $22.62 $22.04 $28.52 $29.14 $27.70 $27.01 $35.33 531.40 $31.06 $31.10
$34.93 $26.70 $24.82 $35.06 $3154 $29.80 $28.91 $37.20 $33.15 $33.38 $32.81

$0.84 $5.44 $5.76 $5.71 $8.42 $00.43 $8.36 $12.79 $10.53 $9.56 $9.50
$10.90 $6.71 $6.98 $6.84 $10.67 $13.06 $9.85 $15.31 615.89 550.90 $51.24

$23.42 $19.45 $19.24 $29.29 $35.02 $37.70 $29.93 $37.54 520.04 $24.23 $23.12

$4129 $31.78 $37.56 $64.84 $53.02 $51.82 $62.03 $103.69 $63.30 $93.37 $48.49
$38.45 $29.87 $38.29 $60.50 $49.62 $48.43 $57.85 $96.71 $59.53 $49.88 $45.39

$14.06 $9.83 $14.64 $12.31 $18.52 $35.65 $44.90 $08.62 $46.55 $44.27 $37.19

102,40 104.19 106.45 509.45 152.99 116.56 109.54 121.51 123,59 126.50 128,53
2.40% 1.74% 2,52% 2,87% 3,23% 3.16% 2.56% 1,65% 2.71% 1.95% 2.01%
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Docket No. DE 11-250
Data Request TCO1-02-SPO2

Dated 1/11/13
Q-TC-002-SPO2, Page 18 of 68

QCF (QUARTERLY
COAL FORECS7)- 200803
3D 800057, mO.
SASS 0680

l4OrOh 2003

ANNUAL AVERAGE SPOT
8A100ASO

Yo9ri 71112 28~3 20(4 $015 3$ft6 2017’ 0016 ~07i4 2028 2’22~ 2023 2823~”’ 7424 54370 ~$438 2027 2423 2029 - 5434’’
No,lho,o, Appoioohi.,
‘3.6%, 13000 BID $30.74 $34.76 $34.75 $35.09 935.54 $36.06 $36.54 $37.02 $37.53 $39.24 $39.84 $40.46 $41.09 $41.75 $42.41 $43.07 $43.72 $44.30 $45.08
-0.8%, 13000 0131 935,12 $34.22 $34.33 $34.68 $35.15 536.67 $36.17 $36.67 $37.21 $38.89 $39.49 $40.11 $40.74 $41.39 $42.04 $42.70 $43.34 $43.99 $44.69
‘23%, 13000 5Th $34.18 $33.40 $33.68 $34.07 $34.56 $35.08 $35.61 $36.14 $36.73 $38.38 $38.97 $39.58 $40.38 $40.05 $41.49 $42.54 $42.77 $43.41 $44.10

CooloolAppolrn,hio
.7%, 12500 OTU $54.93 $55.89 $56.32 657.10 858.07 $59.24 560.63 562.10 $63.62 $65.95 $68.34 $70.14 $71.93 $73.84 975.83 977.84 $79.91 883.97 $84.09
‘.7%, 13000 8Th 858.64 $59.66 $60.12 $60.95 561.98 $63.24 $64.71 $66.28 ~67.9i $70.48 $72.96 $74.89 $76.61 $78.85 $88.99 $83.14 985.36 587,57 $89.84
‘1.0%, 12500 8Th $44.52 $42.80 $42.61 $42.98 $43.60 $44.39 $45.36 $46.09 $47.07 $48.58 $50.16 551,25 $53.35 $53.50 $54.65 $50.82 $57.80 $58.19 $59.46
‘1.5%, 12000 5111 $41.26 $41.31 $41.48 $42.20 $42.99 $43.79 $44.66 $45.54 $46.53 $48.04 $49.63 $50.72 $51.83 552.98 $54.14 $55.31 $56.50 $57.69 $58.96

Ohio
-4%, 12500 6Th $33.04 $30.34 $30.61 $38.98 $31.44 $31.63 $32.42 532.92 $33.47 $35.00 535.55 $36.13 $36.71 $37.32 $37.92 $38.53 $39.13 $39.74 $40.38

Iiiooi, B.,oio
.3%, 11000 6Th (IL) $33.52 $33.62 $33.70 $33.91 $34.20 $34.53 $34.84 $35.19 $35.48 $35.87 $36.25 $36.63 $36.66 537.33 537,77 $38.33 $38.67 $39.51 $39.58
‘3%, 11008 8Th (KY) $35.37 $35.52 $35.66 $35.92 $36.27 536,65 937.02 $37.42 $37.78 $38.23 $38.66 $39.30 $39.50 $39.92 $40.44 $40.96 $41.47 $41.97 $42.51

Powdo,R1vooB~oio
‘.33%, 6400 BTU $10.01 09.66 $9.75 $9.80 $9.89 $10.12 $10.35 $10.56 $50.81 $11.16 $11.52 $11.72 $11.98 $32.10 $12.26 $12.45 $12.63 $12.80 $13.05
.35%, 084308110 $12.01 $12.03 $12.03 $12.17 $52.37 $12.63 $12.91 913.21 913.59 $14.84 $14.49 $14.78 $15.06 $15.36 $35.63 $10.92 $16.22 $16.00 $16.84

4)4040 80010
‘.5%, 10000 OTU $34.50 $24.26 $24.59 $24.93 $25.31 $25.68 $26.05 $26.43 $26.85 $27.26 $27.67 $28.10 $28.53 $28.98 $29.43 $29.88 $30.33 $30.78 $31.26

IDroigo Cool
‘.7%, 12000 0Th $49.89 $49.93 $58.47 $51.58 $51.55 $52.23 $52.93 $53.60 $55.27 $55.01 955.80 556.62 $57.49 $58.40 $59.38 $65.40 $61.44 $62.52 $63.57
‘.8%, 114100 0Th $46.94 $47.02 $47.62 $48.25 $48.91 $49.57 $50.27 $50.96 $50.69 $52.44 $53.20 $54.00 $54.84 855.73 $56.67 $57.64 $58.63 $59.66 $60.67

F600loom 5060
‘6%/30 4101, 14000 6115 $37.26 537.14 537.52 4137,92 $38.35 936.78 939.35 $39.72 $40.21 $40.73 541.28 541.86 $42.49 543.14 543.85 $44.60 $45.37 $46.39 $46.97

0
0
0

-4
0~1



QCF (QUARTERLY
COAL FORECS7)- 200803
30 En2rQy, 1911.
BA5ECASE

t49rdl 2008

Docket No. DE 1 1-~
Data Request TCO1-02-SPO2

Dated 1/11/13
Q-TC-002-SPO2, Page 19 of 68

ANNUAL AVERAGE SPOT
00960695

Ye1,,,~ 2010 l~l3 3414 ,30(0 201k 204? 212111 2918 - 2020 3421 2022 2003 - ~026 2020 2020 l02?~ - 202* 207.0 2030
910060,,, App.~160,)o
.16% 53000 893 $32.59 $31.15 $30.51 $30.22 $30.02 $29.86 $29.75 $29.53 $29.30 $38.16 $38.07 $29.99 $29.90 $29.02 $29.73 $29.64 $29.54 $29.44 929.37
-1.8%, 13500 07.5 $32.02 $30.62 $30.03 $29.86 $29.66 $29.56 $29.40 $29.25 $29.54 929,99 $29.85 $29.73 $29.64 $29.56 $29.47 529.30 929.28 $29.19 $29.11
.23% 13000 853 931.17 $29.69 $29.57 $29.34 $29.59 $29.07 $28.95 $20.83 $28.76 629.50 $20.42 $29.34 $29.25 $29.58 $29.09 $28.89 $29.98 $28.80 $28.73

CM00lAppOLlOhl*,
-.7%, 12500 8TU $50.09 $50.05 $49.45 $49.16 $49.04 $49.09 $49.29 $49.54 $49.92 $50.69 955,59 $51.98 952.34 $52.74 $53.16 $53.56 $53.99 $54.38 $54.78
‘.7%, 33000 OTU $53.49 $53.39 $52.78 $92.40 $52.35 $52.41 $52.61 $52.89 $53.10 $54.02 $55.07 $55.51 $55.89 $50.32 $56.77 $57.21 $57.67 958.10 $58.53
‘1.0%, 1250087.5 $40.60 $38.30 $37.41 $37.01 $36.83 $36.79 $36.79 $36.78 936.86 93734 537.86 $37.98 538,09 *38.25 938.35 $38.41 $30.51 $38.60 $30.74
-1,5%, 32500 8)5 $37.63 $36.97 $36.42 $36.34 $36.31 $36.29 $36.30 $30.34 $36.44 $30.93 $37.46 $37.59 $37.71 $37.84 $37.95 $38.06 $38.17 $39.27 $30.41

Ohio
-4%, 12000 61)3 $28.30 $27.19 $36.07 $26.67 $26.55 $26.46 $26.38 $26.27 $25.21 026.99 526.04 $25.78 $26.71 $26.65 $26.59 $26.51 $25.44 $26.36 $26.30

(5021,, $,,oio
-3%, 110011 8TU (IL) $30.57 $30.08 $20.50 829.2$ $26.89 $26.01 $29.33 $20.07 $27.78 $27.56 $27.36 $27.15 $28.69 $28.65 $26.40 026.30 $26.13 $25.95 $25.79
‘3%, 110008313 (ICY) $33.26 $31.79 $31.20 $38.93 $30.63 $30.37 $30.38 $29.86 $29.56 $29.38 $29.18 $28.98 $28.74 $28.52 $28.35 628.1$ $28.02 $27.85 $27.70

96,,,4029611,,-$.,04,
-.33%, 9400 07.3 09.13 $8.82 $0.56 48,44 $8.36 08.39 $8.41 $0.43 $9.47 90,58 $0.69 $6.68 $8.66 $9.64 $8.60 $8.57 $6.54 $8.49 $0.48
‘.35%, 880097.5 $10.96 $10.76 $10.56 $50.48 $10.45 $10.47 $10.49 $10.54 $10.64 $10.79 $50.93 $50.95 $30.90 $10.97 $10.96 $10.96 010.96 910.95 910.97

1)489602)11
-.5%, 31500 $55 $21.89 $21.21 $21.59 $25.47 $21.38 $21.20 $21.17 $21.09 $21.03 $20.86 $20.69 $20.82 $20.76 $20.70 520.63 020.56 $20.49 $20.42 $20.36

Fo,oig,, CooS Coko,,bio
‘.7%, 32000 OTU $45.49 $44.69 $44.31 $43.92 $43.54 $43.28 $43.03 $42.77 $42.50 $42.29 $42.52 $41.96 $41.83 $41.72 $45.63 $45.56 $41.51 $41.48 $41.41
‘.8%, 1160087.3 $42.71 542.08 $41.00 $41.59 $41.31 $45.00 $40.87 $40.66 $40.40 $40.31 $40.16 $40.02 $39.93 $39.81 539,73 $39.66 $39.61 $39.58 $39.52

P1,oiOom Co6~
-651,/31 $31, 14000900 $33.98 933.24 $32.93 $32.65 $32.39 932.14 $31.91 $31.69 $31.49 $31.31 $31.16 $31.02 $30.91 $30.85 $30.74 $30.69 $30.96 $38.64 $30.60

IMPLICIT $9106
DEFLATOR (GOP) 131.09 333.05 136,17 130.54 141,54 144.25 147.05 149,83 152.64 155,51 158.37 165,30 164,29 167,36 370,52 173.73 176.94 180,19 183,49

% Chon~,, 1.59% 1,90% 1.93% 1,96% 5,95% 1.91% 1.94% 1,89% 1,85% 5,87% 1.84% 5.85% 1.85% 1,87% 1,99% 1,89% 1.85% 1,93% 1,84%

0
0
-~

-•1
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QCF (QUARTERLY
COAL FORECST)- 200803
3D Energy, Inc.
8ASE CASE

March 2008

Docket No. DE 11-250
Data Request TCO1-02-SPO2

Dated 1/11/13
Q-TC-002-SPO2, Page 22 of 68

~cIfl
ANNUAL AV~RASE CONThAGT PRICES ~4OMZNAL OOLLARS # /~14
ANNUALAVERAGtI CONTRACT PRICES - REAL 2007~ A67
QUARTERLT CONTRACT PRICES - NOMINAL DOLLARS PER TO A12i

ANNUAL AVERAGE CONTRACT PRICES - NOMiNAL DOLLARS PER TON
BASEôA5~

Year:~ 2009 - 20129 2010 2011
Nailhem Appalachia
-1.6%, 13000 BTU $72.15 $49.33 $40.12 $37.51
-1.8%, 13000 BTU $70.51 $48.28 $39.38 $36.83
-2.3°!,, 13000 ETU $68.06 $46.70 $38.27 $35.82

2012 2013 2014 2015 2016

$36.31 $35.86 $36.05 $36.46 $36.96
$35.73 $35.36 $35.62 $36.05 $36.56
$34.85 $34.61 $34.98 $35.43 $35.95

201? 2018 2018 2020

$37.47 $37.97 $38.68 $39.64
$37.08 $37.60 $38.34 $39.30
$36.50 $37.05 $37.81 $38.78

Central Appalachia
-.7%, 12500 ETU $73.85 $57.43 $55.24 $56.71 $57.15 $57.92 $58.58 $59.51 $60.65 $61.98 $63.46 $65.14 $67.14
-.7%, 13000 BTU $78.72 $61.23 $58.93 $60.57 $61.01 $61.83 $62.53 $63.53 $64.74 $66.17 $67.74 $69.54 $71.67
-1.0°!o, 12500 BTU $69.14 $52.38 $49.31 $46.50 $44.94 $44.05 $44.19 $44.73 $45.47 $46.31 $47.21 $48.24 $49.53
-1.5%, 12500 BTU $55.50 $40.86 $41.23 $42.89 $42.56 $42.76 $43.23 $44.01 $44.84 $45.70 $46.62 $47.68 $48.98

Ohio
-4°k, 12500 BTU $61.80 $42.50 $34.64 $32.52 $31.66 $31.45 $31.80 $32.23 $32.72 $33.23 $33.75 $34.46 $35.36

Illinois Basin
-3%, 11000 ETU (IL) $34.94 $33.31 $34.42 $34.50 $34.59 $34.70 $34.87 $35.13 $35.45 $35.79 $36.12 $36.46 $36.81
-3°!~, 11000 BTIJ (KY) $36.83 $35.13 $36.30 $36.41 $36.53 $36.70 $36.92 $37.25 $37.62 $38.01 $38.40 $38.81 $39.22

Powder River Basin
-.33°4, 8400 BTU $12.69 $10.74 $10.42 $10.39 $10.21 $10.11 $10.08 $10.18 $10.35 $10.58 $10.81 $11.07 $11.38
-.35°!,, 8800 BTU $14.65 $12.46 $12.13 $12.42 $12.38 $12.41 $12.49 $12.68 $12.92 $13.21 $13.52 $13.88 $14.30

Uinta Basin
-.5°!,, 11500 ETU $33.60 $27.60 $25.81 $25.21 $24.91 $25.22 $25.57 $25.94 $26.32 $26.70 $27.10 $27.51 $27.94

Foreign Coal
-.7%, 12000 BTU $81.21 $60.35 $55.43 $52.54 $51.50 $51.80 $52.36 $52.93 $53.57 $54.27 $54.98 $55.68 $56.42
-.8°!,, 11600 BTU $75.81 $56.44 $51.87 $49.29 $48.44 $48.85 $49.49 $50.15 $50.84 $51.54 $52.26 $53.00 $53.76

Petroleum Coke
-6%/30 MGI, 14000 ETU $53.71 $47.54 $44.16 $39.76 $38.38 $38.52 $38.92 $39.36 $39.80 $40.27 $40.75 $41.25 $41.78

0
0
0

03
0



QCF (QUARTERLY
COAL FORECST)- 200803
3D Energy, Inc.
FIASEGAS%

March 2008

Central Appalachia
-.7%, 12500 8Th
-.7%, 13000 aru
-1.0%, 12500 BTU
-1.5%, 12500 BTU

Ohio
-4%, 12500 8TU

Illinois Basin
-3%, 11000 8Th (IL)
-3%, 11000 8Th (KY)

Powder River Basin
-.33°h, 8400 8TU
-.35%, 8800 8Th

Uinta Basin
-.5°h, 11500 8Th

Foreign Coal: Colombia
-.7%, 12000 8Th
-.8°?,, 11600 8TU

Petroleum Coke
-6%/30 HGI, 14000 BTU

Docket No. DE 114
Data Request TCOI-02-SPO2

Dated 1/11/13
Q-TC-002-SPO2, Page 23 of 68

ANNUAL AVERAGE CONTRACT PRICES REAL 2007 DOLLARS PER TON
SASECASE

Year; zoiii~~ 20Ô~ 2010 2011 201~7.~f13
Northern Appalachia
-1.6°?,, 13000 8Th $70.98 $47.71 $38.07 $34.88 $33.11 $32.09
-1.8%, 13000 8Th $69.37 $46.69 $37.37 $34.26 $32.58 $31.64
-2.3%, 13000 8Th $66.95 $45.17 $36.31 $33.31 $31.78 $30.98

2014 8015 2015 2017 8019 2020

$31.65 $31.40 $31.21 $31.05 $30.87 $30.87 $31.04
$31.27 $31.04 $30.87 $30.73 $30.57 $30.59 $30.77
$30.71 $30.51 $30.37 $30.24 $30.12 $30.17 $30.37

$72.65 $55.55
$77.44 $59.23
$68.02 $50.66
$54.60 $39.52

$60.80 $41.11

$34.37 $32.21
$36.24 $33.98

$12.48 $10.39
$14.41 $12.06

$33.05 $26.70

$79.89 $58.38
$74.58 $54.59

$52.84 $45.98

$52.41
$55.91
$46.78
$39.11

$32.87

$32.66
$34.44

$9.88
$11.51

$24.48

$52.59
$49.22

$41.89

$52.75 $52.11 $51.83
$56.33 $55.63 $55.33
$43.25 $40.98 $39.42
$39.89 $38.81 $38.27

$30.24 $28.87 $28.15

$32.09 $31.54 $31.06
$33.86 $33.31 $32.84

$9.66 $9.31 $9.04
$11.55 $11.29 $11.11

$23.44 $22.72 $22.57

$48.87 $46.96 $46.36
$45.84 $44.17 $43.71

$36.98 $35.00 $34.47

$51.43 $51.24 $51.22
$54.89 $54.70 $54.68
$38.79 $38.51 $38.40
$37.96 $37.90 $37.87

$27.92 $27.75 $27.63

$30.61 $30.25 $29.94
$32.41 $32.07 $31.77

$8.85 $8.76 $8.74
$10.97 $10.92 $10.91

$22.45 $22.34 $22.23

$45.96 $45.58 $45.24
$43.44 $43.18 $42.94

$34.17 $33.89 $33.62

$51.37 $51.59 $51.98 $52.57
$54.83 $55.07 $55.48 $56.12
$38.38 $38.38 $38.49 $38.78
$37.87 $37.90 $38.04 $38.35

$27.53 $27.43 $27.49 $27.69

$29.66 $29.36 $29.09 $28.83
$31.50 $31.22 $30.96 $30.71

$8.77 $8.79 $8.83 $8.91
$10.94 $10.99 $11.07 $11.20

$22.13 $22.03 $21.95 $21.88

$44.98 $44.70 $44.43 $44.18
$42.71 $42.48 $42.28 $42.09

$33.37 $33.13 $32.91 $32.72

0
0
-~

00
-~



QCF (QUARTERLY
COAL FORECST)- 200803
3D Energy, Inc.
BASE CASE

March 2008

QUARTERLY CONTRACT PRICES - NOMINAL DOLLARS PER TON
BASE CASE

Year: 7001$
Quarter:~ 01 Q2

Northern Appalachia
-1.6%, 13000 BTU $72.06 $78.83
-l.8%, 13000 STU $70.47 $77.05
-2.3%, 13000 8Th $68.09 $74.39

Docket No. DE 11-250
Data Request TCO1-02-SPO2

Dated 1/11/13
Q-TC-002-SPO2, Page 24 of 68

03 04 01

$72.78 $64.93 $56.49
$71.10 $63.42 $55.21
$68.59 $61.15 $53.29

Central Appalachia
-.7%, 12500 8Th
-.7%, 13000 8TU
-1.0%, 12500 STU
-1.5%, 12500 STU

Ohio
4%, 12500 STU

Illinois Basin
-3%, 11000 BTU (IL)
-3%, 11000 BTU (KY)

Powder River Basin
-.33%, 8400 ETU
-.35%, 8800 8Th

Uinta Basin
-.5%, 11500 BTU

Foreign Coal
-.7%, 12000 BTU
-.8%, 11600 STU

Petroleum Coke
-6°h/30 HOT, 14000 8TU

$75.06 $79.18
$80.00 $84.40
$70.81 $74.35
$60.95 $61.57

$62.05 $67.63

$34.05 $36.49
$35.90 $38.45

$12.11 $13.58
$14.06 $15.73

$33.12 $35.19

$88.57 $86.35
$62.66 $80.60

$56.16 $56.54

02 03

$48.00 $47.43
$46.96 $46.44
$45.39 $44.97

$57.43 $57.25
$81.23 $61.04
$52.52 $52.05
$40.73 $41.00

$41.22 $40.94

$33.27 $33.36
$35.10 $35.18

$10.74 $10.42
$12.43 $12.13

$28.09 $26.67

$60.25 $59.91
$56.33 $56.04

$47.76 $47.21

$75.47 $65.68 $58.53
$80.45 $70.01 $62.40
$70.50 $60.90 $53.88
$53.60 $45.87 $40.65

$62.17 $55.36 $48.26

$35.95 $33.26 $33.16
$37.90 $35.09 $34.98

$12.68 $12.39 $11.73
$14.58 $14.22 $13.49

$34.05 $32.03 $29.60

$79.15 $70.75 $63.16
$73.90 $66.09 $59.02

$52.59 $49.55 $48.06

2010
04 01 02

$45.39 $41.81 $40.00
$44.49 $41.01 $39.25
$43.14 $39.80 $38.13

$56.50 $55.80 $55.29
$60.25 $59.52 $58.99
$51.07 $50.18 $49.46
$41.06 $41.07 $41.16

$39.57 $36.78 $35.50

$33.43 $33.45 $33.50
$35.26 $35.28 $35.34

$10.07 $10.10 $10.11
$11.80 $11.87 $11.93

$26.06 $25.53 $25.37

$58.08 $56.35 $55.45
$54.36 $52.78 $51.97

$47.11 $46.13 $45.24

03 04

$39.81 $38.87
$39.09 $38.18
$38.01 $37.15

$54.85 $55.00
$58.53 $58.69
$48.85 $48.75
$41.28 $41.40

$35.66 $35.12

$33.55 $33.53
$35.38 $35.38

$10.12 $10.07
$11.99 $12.02

$25.24 $25.15

$54.93 $53.38
$51.51 $50.09

$45.14 $43.03

C
C
C
-~

03



QCF (QUARTERLY
COAL FORECST)- 200803
3D Energy, Inc.
BASE CAS8’

March 2008

Docket No. DE 11-i
Data Request TCO1-02-5P02

Dated 1/11/13
Q-TC-002-SPO2, Page 25 of 68

ANNUAL AVERAGE CONTI
~ASE’CASE

Year: ~2021 ~Q22 ‘202~’~ 2024 2025 2028~ 2027 20~8 2029 2030
Norihern Appalachia
-1.6%, 13000 BTU $40.83 $41.46 $42.12 $42.78 $43.46 $44.14 $44.81 $45.49 $46.19 $46.89
-1.8%, 13000 8TU $40.48 $41.10 $41.75 $42.41 $43.08 $43.75 $44.42 $45.10 $45.78 $46.48
-2.3%, 13000 BTU $39.94 $40.56 $41.20 $41.85 $42.51 $43.18 $43.84 $44.50 $45.18 $45.87

Central Appalachia
-.7°f,, 12500 8TU $69.47 $71.62 $73.49 $75.41 $77.42 $79.49 $81.59 $83.73 $85.89 $88.08

7%, 13000 em $74.16 $76.47 $78.48 $80.53 $82.69 $84.91 $87.16 $89.45 $91.76 $94.12

-1.0%, 12500 BTU $51.04 $52.41 $53.55 $54.71 $55.90 $57.10 $58.31 $59.54 $60.80 $62.11
-1.5%, 12500 BTU $50.49 $51.87 $53.01 $54.18 $55.37 $56.57 $57.79 $59.02 $60.29 $61.59

Ohio
-4%, 12500 8Tu $36.43 $37.02 $37.62 $38.23 $38.85 $39.48 $40.10 $40.73 $41.37 $42.01

Illinois Basin
-3%, 11000 8TU (IL) $37.21 $37.59 $37.96 $38.33 $38.75 $39.22 $39.68 $40.14 $40.60 $41.08
-3%, 11000 BTU (KY) $39.67 $40.12 $40.55 $40.99 $41.47 $42.00 $42.54 $43.07 $43.60 $44.14

Powder River Basin
-.33%, 8400 BTIJ $11.71 $12.00 $12.20 $12.39 $12.58 $12.76 $12.94 $13.13 $13.33 $13.54
-.35%, 8800 3Tu $14.74 $15.12 $15.42 $15.71 $16.01 $16.30 $16.60 $16.91 $17.23 $17.59

Ointa Basin
-.5°!,, 11500 BTLJ $28.36 $28.79 $29.24 $29.69 $30.16 $30.62 $31.09 $31.55 $32.03 $32.50

Forei9n Coal
-.7%, 12000 BTU $57.21 $58.05 $58.92 $59.85 $60.83 $61.87 $62.93 $64.02 $65.11 $66.18
.8%, 11600 BTU $54.54 $55.35 $56.21 $57.11 $58.05 $59.04 $60.06 $61.09 $62.14 $63.15

Petroleum Coke
-6%f30 HG!, 14000 BTU $42.33 $42.92 $43.54 $44.21 $44.93 $48.68 $46.48 $47.29 $48.10 $48.88

0
0
0

Co



QCF (QUARTERLY
COAL FORECST)- 200803
3D Energy, Inc.
BASE

March 2008

Docket No. DE 11-250
Data Request TCO1-02-SP02

Dated 1/11/13
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ANNUAL AVERAGE CONTF
BASE

Year: 2021 2022
Northern Appalachia
-1.6%, 13000 BTU $31.39 $31.30
-1.8%, 13000 8Th $31.11 $31.03
-2.3%, 13000 eru $30.70 $30.62

2023 2824 202S~ 202$ 2027 2024 202w

$31.21 $31.13 $31.04 $30.94 $30.84 $30.74 $30.64
$30.94 $30.86 $30.77 $30.67 $30.57 $30.47 $30.37
$30.54 $30.45 $30.37 $30.27 $30.17 $30.07 $29.98

2030

$30.55
$30.28
$29.88

Central Appalachia
-.7%, 12500 BTU
-.7%, 13000 8TU
-1.0%, 12500 8Th
-1.5%, 12500 BTU

Ohio
-4%, 12500 8Th

Illinois Basin
-3%, 11000 8Th (IL)
-3°h, 11000 8Th (KY)

Powder River Basin
-.33°h, 8400 BTU
-.35%, 8800 8Th

lJinta Basin
-.5%, 11500 BTU

Foreign Coal: Colombia
-.7%, 12000 8Th
-.8%, 11600 8Th

Petroleum Coke
-6%/30 HGI, 14000 BTU

$53.40 $54.06
$57.01 $57.72
$39.23 $39.56
$38.81 $39.15

$28.01 $27.94

$28.60 $28.37
$30.50 $30.28

$9.00 $9.05
$11.33 $11.41

$54.47 $54.87 $55.30 $55.73 $56.15 $56.57 $56.98
$58.16 $58.60 $59.06 $59.52 $59.97 $60.43 $60.88
$39.69 $39.81 $39.93 $40.03 $40.12 $40.23 $40.34
$39.29 $39.42 $39.55 $39.66 $39.76 $39.88 $40.00

$27.88 $27.82 $27.75 $27.67 $27.59 $27.52 $27.44

$28.13 $27.89 $27.68 $27.49 $27.30 $27.12 $26.94
$30.05 $29.83 $29.62 $29.45 $29.27 $29.10 $28.92

$9.04 $9.01 $8.98 $8.94 $8.91 $8.87 $8.84
$11.43 $11.43 $11.44 $11.43 $11.42 $11.42 $11.43

$21.67 $21.61 $21.54 $21.47 $21.39 $21.32 $21.25

$43.67 $43.55 $43.45 $43.37 $43.30 $43.25 $43.20
$41.66 $41.55 $41.47 $41.39 $41.32 $41.28 $41.22

$32.27 $32.17 $32.09 $32.03 $31.98 $31.95 $31.91

$21.80 $21.73

$43.98 $43.82
$41.93 $41.78

$32.54 $32.40

$57.38
$61.31
$40.46
$40.12

$27.37

$26.76
$28.76

$8.82
$11.46

$21.18

$43.11
$41.14

$31.85

0
0
0
-~
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QCF (QUARTERLY
COAL FORECST).. 200803
3D Energy, Inc.
HtGH CASE

March 2008

~ll
ANNUAL AVERAGE SPOT PRICES - NOMINAL DOLLARS PER T( A14
ANNUAL AVERAGE SPOT PRICES - REAL 2007 DOLLARS PER 1 A67
QUARTERLY SPOT PRICES - NOMINAL DOLLARS PER TON A121

ANNUAL AVERAGE SPOTPRICES - NOMINAL DOLLARS PER TON
HIGH CASE

Year: 2007 2008 2009 2910 2011 2012 2013 2014 2015 2016 2017 2018 2019
Northern Appalachia

1.6°Jo, 13000 ETU $46.61 $100.66 $105.96 $77.01 $62.96 $62.98 $63.45 $63.67 $64.41 $65.15 $65.97 $66.70 $67.38
1.8%, 13000 oru $45.85 $98.64 $103.11 $75.40 $61.75 $61.88 $62.46 $62.89 $63.66 $64.43 $65.25 $66.02 $66.75
-2.3%, 13000 BTh $44.71 $95.60 $98.85 $73.00 $59.95 $60.24 $60.96 $61.71 $62.53 $63.35 $64.18 $65.00 $65.79

Central Appalachia
-.7%, 12500 STU $46.46 $78.41 $104.96 $88.47 $79.60 $70.39 $71.54 $72.66 $73.56 $75.07 $76.90 $78.74 $80.62
-.7%, 13000 6Th $49.50 $83.56 $111.87 $94.34 $85.03 $75.15 $76.37 $77.57 $78.52 $60.14 $82.09 $84.05 $86.05
-10%, 12500 BTU $44.33 $75.18 $99.12 $81.39 $67.22 $57.05 $5478 $54.97 $55.37 $56.37 $57.62 $58.78 $59.84
-1.5%, 12500 BTU $40.72 $57.90 $72.16 $64.93 $60.92 $52.88 $52.88 $53.52 $54.37 $55.58 $56.84 $58.00 $59.12

Ohio
4%, 12500 8TU $39.19 $87.71 $89.29 $66.19 $51.87 $S0.9S $50.22 $51.04 $51.96 $53.06 $54.18 $55.28 $56.31

illinois Basin
-3%, 11000 Sm (IL) $27.01 $43.75 $47.01 $41.11 $39.22 $39.76 $40.32 $40.86 $41.56 $42.37 $43.23 $44.08 $44.98
3%, 11000 STU CKY) $28.91 $46.06 $49.63 $43.34 $41.37 $41.96 $42.60 $43.23 $44.03 $44.93 $45.89 $46.84 $47.84

Powder River Basin
-.33%, 8400 6Th $8.36 $15.29 $16.34 $13.55 $11.45 $11.46 $11.52 $11.62 $11.90 $12.27 $12.81 $13.37 $13.92
-.35%, 8800 6Th $9.85 $16.81 $17.72 $15.13 $13.55 $13.76 $14.06 $14.33 $14.78 $15.33 $15.99 $16.68 $17.42

iiirna Basin
.5°?o, 11500 Sm $29.93 $48.95 $50.65 $47.38 $44.44 $43.05 $43.10 $42.89 $43.02 $43.15 $42.49 $41.70 $40.18

Foreign Coal
-.7%, 12000 STU $62.03 $136.25 $145.03 $108.60 $93.31 $81.37 $74.60 $70.07 $68.76 $70.07 $71.47 $72.81 $73.94
-.8°?,, 11600 BTU $S7.8S $127.07 $135.30 $101.49 $87.36 $76.41 $70.24 $66.11 $65.05 $66.48 $67.83 $69.14 $70.30

Petroleum Coke
-6%130 HGI, 14000 STU $44.90 $78.30 $106.44 $89.90 $71.58 $60.79 $55.49 $52.08 $51.12 $52.13 $53.07 $53.99 $54.78
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Dated 1/11113
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QCF (QUARTERLY
COAL FORECST)- 200803
3D Energy, Inc.
HIGH CASE

March 2008

ANNUAL AVERAGE SPOT PRICES - REAL 2007 DOLLARS PER TON
HIGH CASE

Year 2007 2008 2009 2010 2011 2012 2013 2014 2015 2016 2017 2018 2019
Northern Appalachia
-1.6%, 13000 BTU $46.61 $99.03 $102.49 $73.07 $58.55 $57.43 $56.78 $55.90 $55.46 $55.03 $54.67 $54.23 $53.76
-1.8%, 13000 eru $45.85 $97.04 $99.74 $71.54 $57.44 $56.43 $55.89 $55.21 $54.81 $54.42 $54.07 $53.67 $53.25
-2.3°h, 13000 8Th $44.71 $94.05 $95.61 $69.26 $55.76 $54.93 $54.56 $54.17 $53.84 $53.50 $53.18 $92.84 $52.49

Central Appalachia
-.7%, 12500 8Th $46.46 $77.14 $101.52 $83.93 $74.03 $64.19 $64.02 $63.79 $63.33 $63.40 $63.73 $64.01 $64.32
-.7%, 13000 BTU $49.50 $82.21 $108.21 $89.51 $79.08 $68.53 $68.34 $68.10 $67.60 $67.68 $68.02 $68.33 $68.66
~1.0%, 12500 OTU $44.33 $73.96 $95.88 $77.22 $62.52 $52.03 $49.02 $48.26 $47.68 $47.61 $47.75 $47.79 $47.74
1.5%, 12500 BTU $40.72 $56.96 $69.80 $61.60 $56.66 $48.22 $47.32 $46.98 $46.81 $46.94 $47.10 $47.15 $47.17

Ohio
-4%, 12500 BTU $39.19 $86.29 $86.37 $62.80 $48.24 $46.46 $44.94 $44.81 $44.74 $44.81 $44.90 $44.94 $44.93

Illinois Basin
-3%, 11000 8Th (IL) $27.01 $43.04 $45.47 $39.01 $36.48 $36.26 $36.08 $35.87 $35.79 $3$.78 $39.82 $35.84 $35.88
-3%, 11000 BTU (KY) $28.91 $45.31 $48.01 $41.12 $38.48 $38.26 $38.12 $37.95 $37.91 $37.95 $38.03 $38.08 $38.17

Powder River Basin
-.33%, 8400 BTU $8.36 $15.04 $15.80 $12.86 $10.65 $10.49 $10.31 $10.20 $10.25 $10.36 $10.62 $10.87 $11.11
-.35%, 8800 BTU $9.85 $16.59 $17.14 $14.35 $12.60 $12.54 $12.58 $12.58 $12.73 $12.95 $13.25 $13.56 $13.90

Uinta Basin
-.5°h, 11500 8Th $29.93 $48.15 $48.99 $44.95 $41.33 $39.26 $38.57 $37.65 $37.04 $36.44 $35.21 $33.90 $32.06

Foreign Coal: Colombia
-.7°k, 12000 8Th $62.03 $134.05 $340.28 $103.03 $86.78 $74.20 $66.76 $61.52 $59.20 $59.18 $99.22 $59.19 $58.99
-.8%, 11600 BTU $57.85 $125.02 $130.87 $96.29 $81.26 $69.68 $62.86 $58.03 $56.01 $56.15 $56.21 $56.21 $56.09

Petrolewn Coke
-6°/o/30 HGI, 14000 BTU $44.90 $77.03 $102.96 $85.30 $66.57 $55.43 $49.66 $45.72 $44.02 $44.03 $43.98 $43.89 $43.71
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Docket No. DE 11~2
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Dated 1/11/13
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QCF (QUARTERLY
COAL FORECST)- 200803
3D Energy, Inc.
HIGH CASE

March 2008

QUARTERLYSPOT PRICES - NOMINAL DOLLARS PER TON
HIGH CASE

Year: 2008 2009 2010
Quarter: 01 02 03 04 01 02 03 04 02 Q3 Q4

Burthem Appalachia
-1.6°k, 13000 ETU $79.50 $101.35 $109.65 $112.15 $115.60 $109.75 $103.70 $94.80 $86.50 $78.55 $72.90 $70.10
-1.8%, 13000 BTU $78.19 $99.60 $107.45 $109.30 $112.43 $106.51 $100.95 $92.58 $84.65 $76.71 $71.49 $68.78
-2.3°!,, 13000 BTU $76.22 $96.98 $104.16 $105.03 $107.67 $101.65 $96.82 $89.26 $81.87 $73.94 $69.38 $66.81

Central Appalachia
-.7°!,, 12500 BTU $85.30 $107.qO $109.55 $11.20 $109.82 $106.54 $102.59 $100.87 $96.25 $92.58 $85.60 $79.44
-.7°h, 13000 STU $90.90 $114.64 $116.77 $11.94 $117.05 $113.54 $109.37 $107.51 $102.61 $98.68 $91.27 $84.69
-1.0°!,, 12500 STU $81.92 $102.96 $105.00 $10.75 $104.75 $100.81 $96.60 $94.31 $89.42 $85.39 $78.57 $72.34
-1.5%, 12500 BTU $72.31 $80.95 $76.75 $7.32 $73.33 $72.38 $71.24 $71.71 $69.48 $67.36 $63.12 $59.51

Ohio
-4%, 12500 BTU $70.80 $89.83 $95.29 $94.92 $96.93 $91.77 $87.58 $80.89 $74.26 $67.01 $62.93 $60.55

Illinois Basin
-3%, 11000 BTU (IL) $35.40 $44.00 $47.40 $48.20 $49.00 $48.70 $46.00 $44.35 $43.00 $41.35 $40.50 $39.60
-3%, 11000 STU (KY) $37.49 $46.21 $49.67 $50.86 $51.78 $51.52 $48.48 $46.77 $45.46 $43.72 $42.60 $41.59

Powder River Basin
.33%. 8400 ETU $13.20 $15.50 $16.10 $16.35 $16.50 $16.50 $16.35 $16.00 $15.00 $14.00 $13.20 $12.00

-.35%, 8800 STU $14.85 $17.07 $17.58 $17.97 $17.82 $17.92 $17.68 $17.47 $16.50 $15.55 $14.80 $13.65

Uinta Basin
-.5%, 11500 ETU $44.10 $48.54 $51.15 $52.00 $52.00 $51.35 $50.15 $49.10 $48.50 $48.00 $47.00 $46.00

Foreign Coal
-,7%, 12000 STU $119.59 $131.88 $142.88 $150.66 $153.17 $150.04 $141.48 $135.41 $127.86 $112.61 $100.94 $93.01
-.8%, 11600 6Th $111.56 $123.02 $133.22 $140.49 $142.85 $139.96 $132.02 $126.39 $119.41 $105.21 $94.36 $86.98

Petroleum Coke
-6%/30 HIlt, 14000 BTU $59.43 $75.05 $81.92 $96.80 $108.30 $107.55 $105.91 $104.02 $100.77 $95.13 $84.03 $79.68



Docket No. DE 11-250
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QCF (QUARTERLY
COAL FORECST)- 200803
30 Energy, Inc.
HIGH CASE

March 2008

ANNUAL AVERAGE SPOT PF
HIGH CASE

Year 2020 2021 2022 2023 2024 2025 2026 2027 2028 2029 2030
Northern Appalachia
-l.6%, 13000 8Th $68.03 $68.88 $69.69 $70.53 $71.37 $72.25 $73.14 674.04 $74.92 $75.81 $76.71
-1.8%, 13000 8Th $67.45 $68.28 $69.09 $69.91 $70.75 $71.62 $72.50 $73.39 $74.27 $75.15 $76.04
-2.3%, 13000 8Th $66.57 $67.38 $68.18 $68.99 $69.82 $70.67 $71.55 $72.43 $73.29 $74.16 $75.04

Central Appalachia
-.7%, 12500 8TU
.7%, 13000 8Th
1.0%, 12500 8TU
1.5°Jo, 12500 8TU

Ohio
-4%, 12500 BTU

Illinois Basin
-3%, 11000 8TU (IL)
-3%, 11000 BTU (KY)

Powder River Basin
-.33%, 8400 8Th
.3S%, 8800 8TU

IJinta Basin
-.S°/o, 11500 8Th

Foreign Coal
.7°/o, 12000 8Th

-.8%, 11600 BTU

Petroleum Coke
-6°/o/3O HGI, 14000 8TU

$82.55 $84.44 $86.39 $88.40 $90.45 $92.57 $94.32 $96.09 $97.87 $99.66 $101.49
$88.12 $90.14 $92.24 $94.38 $96.59 $98.86 $100.74 $102.64 $104.55 $106.47 $108.44
$61.08 $62.20 $63.41 $64.59 $65.83 $67.07 $67.98 $68.91 $69.81 $70.75 $71.77
$60.38 $61.51 $62.74 $63.92 $65.17 $66.43 $67.34 $68.28 $69.20 $70.14 $71.17

$57.53 $60.27 $61.38 $62.57 $63.85 $65.14 $66.32 $67.50 $68.66 $69.86 $71.08

$45.82 $46.80 $47.77 $48.75 $49.68 $50.66 $51.76 $52.89 $54.02 $55.14 $56.32
$48.79 $49.87 $50.95 $52.04 $53.09 $54.19 $55.41 $56.67 $57.92 $59.17 $60.49

$14.56 $15.34 $16.22 $16.93 $17.61 $18.36 $19.04 $19.80 $20.62 $21.38 $22.34
$18.30 $19.30 $20.41 $21.35 $22.28 $23.32 $24.28 $25.34 $26.47 $27.56 $28.91

$39.42 $41.10 $42.85 $44.70 $46.63 $48.67 $50.80 $53.02 $55.31 $57.71 $60.25

$74.94 $76.02 $77.14 $78.28 $79.46 $80.67 $81.94 $83.24 $84.53 $85.85 $87.19
$71.38 $72.46 $73.55 $74.66 $75.80 $76.98 $78.20 $79.43 $80.67 $81.92 $83.20

$55.53 $56.29 $57.06 $57.87 $58.71 $59.59 $60.51 $61.46 $62.43 $63.42 $64.42

0
0
0
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QCF (QUARTERLY
COAL FORECST)- 200803
3D Energy, Inc.
HIGH CASE

March 2008

Central Appalachia
-.7%, 12500 8TU
-.7%, 13000 8TU
-1.0%, 12500 8TU
-1.5%, 12500 8Th

Ohio
-4%, 12500 81U

Illinois Basin
-3%, 11000 8Th (IL)
-3%, 11000 8TU (KY)

Powder River Basin
-.33%, 8400 8Th
-.35%, 8800 8Th

Uinta Basin
-.5%, 11500 8Th

Foreign Coal: Colombia
-.7%, 12000 8Th
-.8%, 11600 8Th

Pelro!eum Coke
-6%/30 HGI, 14000 8TU

Docket No. DE 11-2.
Data Request TCOI-O2-SPO.~

Dated 1/11/13
Q-TC-002-SPO2, Page 31 of 68

ANNUAL AVERAGE SPOT Pt
HIGH CASE

Year: 2020
Non hem Appalachia
-1.6%, 13000 8Th $53.27
-1.8%, 13000 8Th 552.81
-2.3%, 13000 8Th $52.13

2021 2022 2023 2024 2025 2026 2027 2028 2029 2030

$52.95 $52.61 $52.27 $51.94 $51.60 $51.27 $50.94 $50.62 $50.29 $49.97
$52.48 $52.15 $51.81 $51.48 $81.15 $50.B3 $50.50 $50.18 $49.86 $49.54
551.79 $51.46 $51.13 $50.81 $80.48 $50.16 $49.84 $49.52 $49.20 $48.89

$64.64 $64.91 $65.21 $65.51 $68.82 $66.12 $66.12 $66.12 $66.12 $66.12 $66.12
$69.00 $69.29 $69.62 $69.95 $70.28 $70.61 $70.62 $70.63 $70.63 $70.64 $70.65
$47.82 $47.81 $47.86 $47.87 $47.90 $47.91 $47.65 $47.42 $47.17 $46.94 $46.76
$47.28 $47.29 $47.36 $47.38 $47.42 $47.45 $47.21 $46.99 $46.75 $46.54 $46.36

$45.05 $46.33 $46.33 $46.38 $46.46 $46.83 $46.49 $46.44 $46.39 $46.35 $46.31

$35.88 535,97 $36.06 $36.13 $36.15 $36.18 $36.29 $36.39 $36.49 $36.58 $36.69
$38.20 $38.33 $38.46 $38.87 $38.63 $38.70 $38.84 $38.99 $39.13 $39.26 $39.41

$11.40 $11.79 $12.25 $12.54 $12.81 $13.12 $13.35 $13.63 $13.93 $14.18 $14.55
$14.33 $14.84 $15.40 $15.82 $16.22 $16.65 $17.02 $17.43 $17.69 $18.29 $18.83

$30.87 $31.59 $32.34 $33.13 $33.93 $34.76 $35.61 $36.48 $37.37 $38.28 $39.25

$58.68 $58.43 $58.23 $58.02 $57.82 $57.62 $57.45 $57.28 $87.11 $56.95 $56.80
$55.89 $55.70 $55.51 $55.33 $55.16 $54.99 $54.82 $54.66 $54.50 $54.35 $54.20

$43.48 $43.27 $43.07 $42.89 $42.72 $42.56 $42.42 $42.29 $42.18 $42.08 $41.96

0
0
-~

CD



QCF (QUARTERLY
COAL FORECST)- 200803
3D Energy, Inc.
LOW CASE

March 2008

Docket No. DE 11-250
Data Request TCO1-02-SPO2

Dated 1/11/13
Q-TC-002-SPO2, Page 32 of 68

ANNUAL AVERAGE SPOT PRICES NOMINAL DOLLARS PER T( A14
ANNUAL AVERAGE SPOT PRICES - REAL 2007 DOLLARS PER 1 A67
QUARTERLY SPOT PRICES NOMINAL DOLLARS PER TON A121

ANNUAL AVERAGE SPOT PRICES - NOMINAL DOLLARS PER TON
LOW CASE

Year: 2007 2008 2002 2010
Northern Appalachia
-1,6%, 13000 B’ru $46.61 $59.64 $38.26 $28.06
-1.8%, 13000 BTU $4S.85 $58.49 $37.23 $27.47
-2.3%, 13000 STU $44.71 $56.76 $3S.69 $26.60

2011 2012 2013

$27.35 $27.21 $26.90
$26.82 $26.73 $26.47
$26.04 $26.02 $25.84

2014 2016

$26.50 $26.29
$26.17 $25.98
$25.68 $25.52

2016 2017

$26.12 $25.97
$25.83 $25.69
$25.39 $25.26

2018 2019

$27.08 $26.85
$26.80 $26.60
$26.39 $26.21

Central Appalachia
-.7%, 12500 BTU $46.46 $61.48 $45.93 $42.86 $39.58 $39.23 $39.75 $40.31 $40.77 $41.30 $41.88 $42.50 $43.13
-.7%, 13000 8Th $49.50 $65.52 $48.95 $45.71 $42.28 $41.88 $42.43 $43.02 $43.52 $44.09 $44.70 $45.37 $46.03
-1.0°k, 12500 BTU $44.33 $58.94 $43.37 $39.43 $33.43 $31.79 $30.44 $30.49 $30.69 $31.02 $31.38 $31.73 $32.01
-1.5%, 12500 8Th $40.72 $45.40 $31.57 $31.46 $30.29 $29.47 $29.38 $29.69 $30.13 $30.58 $30.96 $31.31 $31.63

Ohio
-4°k, 12500 BTU $39.19 $82.22 $32.24 $24.12 $22.56 $21.38 $20.65 $20.60 $20.57 $20.63 $20.69 $21.77 $21.77

Illinois Basin
-3%, 11000 13Th (IL) $27.01 $28.94 $26.46 $26.50 $26.88 $26.72 $26.87 $26.40 $26.34 $26.33 $26.34 $26.35 $26.36
-3%, 11000 BTU (KY) $28.91 $30.48 $27.94 $27.94 $28.36 $28.20 $28.07 $27.93 $27.90 $27.92 $27.96 $27.99 $28.04

Powder River Basin
-.33%, 8400 BTU $8.36 $10.21 $8.83 $8.71 $9.02 $8.65 $8.36 $8.11 $8.01 $7.96 $8.00 $8.05 $8.10
-.35%, 8800 8TU $9.85 $11.79 $10.21 $10.29 $10.68 $10.39 $10.19 $10.01 $9.95 $9.94 $9.98 $10.04 $10.13

Uluta Basin
-.5%, 11500 8Th $29.93 $29.25 $23.59 $21.23 $20.72 $20.86 $20.61 $20.41 $20.23 $20.07 $19.91 $19.74 $19.60

Foreign Coal
-.7%, 12000 BTU $62.03 $82.97 $39.13 $33.57 $32.58 $32.87 $33.13 $33.43 $33.70 $33.97 $34.31 $34.65 $34.95
-.8%, 11600 BTU $57.85 $77.39 $36.50 $31.38 $30.51 $30.87 $31.19 $31.53 $31.88 $32.23 $32.56 $32.90 $33.23

Petroleum Coke
-6%/30 hiGh, 14000 8TU $44.90 $46.38 $28.66 $27.88 $25.00 $24.56 $24.64 $24.84 $25.06 $25.27 $25.48 $25.69 $25.90

C
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QCF (QUARTERLY
COAL FORECST).. 200803
3D Energy, Inc.
LOW CASE

March 2008

Central Appalachia
-.7%, 12500 81~U
-.7%, 13000 BTIJ
-1.0%, 12500 8TU
-1.5%, 12500 8TU

Ohio
-4°h, 12500 8TU

Illinois Basin
-3%, 11000 8Th (IL)
-3%, 11000 8Th (KY)

Powder River Basin
-.33%, 8400 8Th
-.35%, 8800 8Th

Iiinta Basin
-.5%, 11500 8Th

Foreign Coal: Colombia
-.7%, 12000 BTU
-.8%, 11600 8TU

Petroleum Coke
6%/30 HGI, 14000 8TU

Docket No. 06 11-2
Data Request TCO1-O2-SPO~.

Dated 1/11/13
Q-TC-002-SPO2, Page 33 of 68

ANNUAL A VER4GE SPOT PRICES - REAL 2007 DOLLARS PER TON
LOW CASE

Year: 2097 21)08 2009 2010 2011 2012
Northern Appalachia
-1.6%, 13000 8TU $46.61 $58.67 $37.01 $26.63 $25.43 $24.81
-1.8%, 13000 8TU $45.85 $57.54 $36.01 $26.07 $24.95 $24.38
-2.3°k, 13000 8Th $44.71 $55.84 $34.52 $25.24 $24.22 $23.73

$46.46 $60.49
$49.50 $64.46
$44.33 $57.99
$40.72 $44.66

$39.19 $51.38

$27.01 $28.47
$28.91 $29.98

$8.36 $10.05
$9.85 $11.60

$29.93 $28.78

$62.03 $81.63
$57.85 $76.13

$44.90 $45.63

$44.42
$47.35
$41.95
$30.54

$31.18

$25.60
$27.02

$8.54
$9.87

$22.82

$37.84
$35.31

$27.72

2013 2014 2015

$24.07 $23.26 $22.63
$23.69 $22.98 $22.37
$23.13 $22.55 $21.97

$35.57 $35.38 $35.10
$37.97 $37.77 $37.47
$27.24 $26.77 $26.42
$26.29 $26.06 $25.95

$18.48 $18.09 $17.71

$23.77 $23.18 $22.68
$25.12 $24.52 $24.02

$7.48 $7.12 $6.90
$9.12 $8.78 $8.57

$18.44 $17.92 $17.41

$29.65 $29.35 $29.02
$27.92 $27.68 $27.45

$22.05 $21.81 $21.57

$40.67 $36.81 $35.77
$43.37 $39.32 $38.19
$37.41 $31.09 $28.99
$29.85 $28.17 $26.87

$22.88 $20.98 $19.47

$25.14 $25.00 $24.37
$26.50 $26.38 $25.71

$8.27 $8.39 $7.89
$9.76 $9.93 $9.47

$20.14 $19.27 $19.02

$31.85 $30.31 $29.98
$29.77 $28.38 $28.15

$26.45 $23.25 $22.39

2016

$22.06
$21.81
$21.45

$34.88
$37.24
$26.20
$25.83

$17.42

$22.24
$23.58

$6.72
$8.40

$16.95

$28.69
$27.22

$21.34

2017 2018 2019

$21.52 $22.01 $21.42
$21.29 $21.79 $21.22
$20.94 $21.45 $20.92

$34.71 $34.55 $34.41
$37.05 $36.88 $36.73
$26.01 $25.79 $25.54
$25.65 $25.45 $25.23

$17.14 $17.69 $17.37

$21.83 $21.42 $21.03
$23.17 $22.76 $22.37

$6.63 $6.54 $6.46
$8.27 $8.16 $8.08

$16.50 $16.05 $15.64

$28.43 $28.17 $27.89
$26.98 $26.75 $26.51

$21.11 $20.89 $20.66

0
0
0

CO
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Docket No. DE 11-250
Data Request TCO1-02-SPO2

Dated 1/11/13
Q-TC-002-3P02, Page 34 of 68

QCF (QUARTERLY
COAL FORECST)- 200803
3D Encrgy~ Inc.
LOW CASE

March 2008

QUARTERLYSPOTPRICES - NOMINAL DOLLARS PER TON
LOW CASE

Year: 2008 2009 201ó
Quarter: 01 02 93 04 01 92 Q3 94 01 92 03 04

Northern Appalachia
-1.6%, 13000 BTU $71.34 $65.16 $54.32 $47.73 $42.73 $40.60 $36.63 $33.08 $30.64 $29.11 $26.85 $25.65
-1.8%, 13000 BTU $70.17 $64.04 $53.23 $46.52 $41.56 $39.40 $35.66 $32.31 $29.98 $28.42 $26.33 $25.17
-2.3%, 13000 ETU $68.40 $62.35 551.60 $44.70 $39.80 $37.60 $34.20 $31.15 $29.00 $27.40 $25.55 $24.45

Cenlral Appalachia
.7°Io, 12500 8Th 571.15 $63.22 $57.46 $54.10 $48.35 $46.20 $45.00 $44.15 $43.50 $43.00 $42.75 $42.20

-.7%, 13000 8Th $75.82 $67.36 $61.24 $57.65 $51.53 $49.23 $47.97 $47.06 $46.37 $45.83 $45.58 $44.99
-1,0°h, 12500 BTU $68.33 $60.50 $55.07 $51.92 $46.12 $43.72 $42.37 $41.28 $40.41 $39.66 $39.24 $38.43
-1.5%, 12500 ETU $60.31 $47.56 $40.26 $35.33 $32.29 $31.39 $31.25 $31.39 $31.40 $31.29 $31.52 $31.61

Ohio
-4%, 12500 BTU $63.54 $57.76 $47.21 $40.40 $35.83 $33.95 $30.94 $28.23 $26.31 $24.83 $23.18 $22.16

Illinois Basin
.3%, 11000 BTU (IL) $31.10 $29.65 $28.15 $26.85 $26.50 $26.40 $26.60 $26.35 $26.50 $26.40 $26.60 $26.50
3%, 11000 8Tu (KY) $32.93 $31.14 $29.50 $28.33 $28.00 $27.93 $28.03 $27.79 $28.02 $27.91 $27.98 $27.83

Powder River Basin
-.33°!,,, 8400 8Th $11.35 $10.90 $9.40 $9.20 $9.20 $9.10 $8.60 $8.40 $8.50 $8.40 $9.00 $8.95
-.35%, 8800 8Th $13.00 $12.47 $10.88 $10.82 $10.52 $10.52 $9.93 $9.87 $10.00 $9.95 $10.60 $10.60

Uinla Basin
-.5°h, 11500 BTU $33.25 $31.10 $27.40 $25.25 $24.70 $24.00 $23.20 $22.45 $21.70 $21.15 $21.20 $20.85

Foreign Coal
-.7%, 12000 6Th $108.53 $92.65 $73.93 $56.78 $46.73 $39.35 $36.28 $34.14 $33.73 $33.50 $33.65 $33.41
-.8°!,,, 11600 8Th $101.24 $86.43 $68.94 $52.94 $43.58 $36.70 $33.85 $31.87 $31.51 $31.30 $31.45 $31.25

Petroleum Coke
-6%/30 HG!, 14000 BTU $53.93 $52.72 $42.39 $36.48 $33.04 $28.21 $27.16 $25.23 $26.59 $28.30 $28.01 $28.62



QCF (QUARTERLY
COAL FORECST)- 200803
3D Energy, Inc.
LOW CASE

March 2008

Docket No. DE 11-2
Data Request TCOI-02-SP(j,.

Dated 1/11/13
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2021

$26.44
$26.21
$25.87

2022 2023 2024

$26.25 $26.06 $25.87
$26.02 $25.83 $25.65
$25.68 $28.49 $25.31

302$ 2026 2027

$25.69 $25.52 $25.34
$25.47 $25.30 $25.12
$25.14 $24.96 $24.79

2028 - 2029 2030

$25.16 $24.98 $24.80
$24.94 $24.76 $24.58
$24.61 $24.43 $24.26

Central Appalachia
-.7%, 12500 BTU
-.7%, 13000 8Th
-1.0%, 12500 8TU
-1.5%, 12500 BTU

Ohio
-4%, 12500 BTU

Illinois Basin
-3%, 11000 BTIJ (IL)
-3%, 11000 BTU (KY)

Powder River Basin
-.33%, 8400 BTU
-.35%, 8800 STU

Uinta Basin
-.5%, 11500 8Th

Foreign Coal
~.7%, 12000 8Th
-.8%, 11600 8Th

Petroleum Coke
-6%130 HGI, 14000 8TU

ANNUAL AVERAGE SPOT Pt
LOW CASE

Year: 2020
Northern Appalachia
-1.6%, 13000 8Th $26.62
-1.8%, 13000 8Th $26.39
-2.3%, 13000 BTU $26.05

$43.75 $44.3S $44.96 $45.58 $46.22 $46.87 $47.75 $48.65 $49.55 $50.46 $51.38
$46.70 $47.34 $48.00 $48.67 $49.35 $50.05 $51.00 $51.96 $52.93 $S3.91 $54.90
$32.37 $32.67 $33.00 $33.30 $33.64 $33.96 $34.42 $34.89 $35.34 $35.82 $36.33
$32.00 $32.31 $32.65 $32.96 $33.30 $33.63 $34.09 $34.57 $35.03 $35.51 $36.03

$21.83 $22.44 $22.42 $22.43 $22.45 $22.47 $22.45 $22.41 $22.37 $22.33 $22.29

$2634 $26.39 $26.42 $26.44 $26.43 $26.43 $26.49 $26.55 $26.60 $26.63 $26.68
$28.05 $28.12 $28.17 $28.23 $28.24 $28.27 $28.36 $28.45 $2852 $28.58 $28.65

$8.16 $8.30 $8.43 $8.43 $8.43 $8.44 $8.44 $8.45 $8.45 $8.45 $8.47
$10.26 $10.44 $10.60 $10.64 $10.67 $10.72 $10.76 $10.81 $10.85 $10.90 $10.96

$19.49 $19.37 $19.25 $19.14 $19.04 $18.95 $18.87 $18.78 $18.69 $18.61 $18.54

$35.23 $35.54 $35.86 $36.17 $36.49 $36.81 $37.15 $37.48 $37.81 $38.12 $38.44
$33.56 $33.88 $34.19 $34.50 $34.81 $35.13 $35.45 $35.77 $36.08 $36.38 $36.68

$26.11. $26.32 $26.52 $26.74 $26.96 $27.19 $27.43 $27.68 $27.92 $28.17 $28.40

0
0
-.~
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Docket No. DE 11-250
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Dated 1/1 1/13
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QCF (QUARTERLY
COAL FORECST)- 200803
3D Energy, Inc.
LOW CASE

March 2008

ANNUAL AVERAGE SPOT Pi
LOW CASE

Year: 2020 ~02I 2022 2023 202~1 2020 2026 2021 2028 2029 2030
Northern Appalachia
-1.6%, 13000 8TU $20.84 $20.33 $19.81 $19.31. $18.83 $18.35 $17.89 $17.44 $17.00 $16.57 $16.15
-1.8%, 13000 8Th $20.66 $20.15 $19.64 $19.15 $18.66 $18.19 $17.73 $17.29 $16.85 $16.43 $16.01
-2.3%, 13000 BTU $20.39 $19.88 $19.38 $18.89 $18.42 $17.95 $17.50 $17.06 $16.63 $16.21 $15.80

Cenfral Appalachia
-.7%, 12500 8Th $34.26 $34.09 $33.93 $33.78 $33.63 $33.48 $33.48 $33.48 $33.48 $33.48 $33.48
-.7°!,, 13000 8TU $36.57 $36.39 $36.23 $36.07 $35.91 $35.75 $35.75 $35.76 $35.76 $35.76 $35.77
-1.0%, 12500 8TU $25.34 $25.11 $24.91 $24.68 $24.47 $24.26 $24.13 $24.01 $23.88 $23.76 $23.67
-1.5%, 12500 8Th $25.06 $24.84 $24.64 $24.43 $24.23 $24.02 $23.90 $23.79 $23.67 $23.56 $23.47

Ohio
-4°k, 12500 8Th $17.10 $17.25 $16.93 $16.62 $16.34 $16.05 $15.74 $15.42 $15.11 $14.81 $14.52

Illinois Basin
-3%, 11000 8Th (IL) $20.63 $20.28 $19.94 $19.60 $19.23 $18.88 $18.57 $18.27 $17.97 $17.67 $17.38
-3%, 11000 8TU (KY) $21.96 $21.61 $21.27 $20.92 $20.55 $20.20 $19.88 $19.57 $19.27 $18.96 $18.67

Powder River Basin
-.33%, 8400 8TU $6.39 $6.38 $6.36 $6.25 $6.14 $6.03 $5.92 $5.81 $5.71 $5.61 $5.52
-.35%, 8800 8Th $8.03 $8.03 $8.00 $7.88 $7.76 $7.66 $7.54 $7.44 $7.33 $7.23 $7.14

Uinla Basin
-.5%, 11500 BTU $15.26 $14.89 $14.53 $14.19 $13.85 $13.54 $13.23 $12.92 $12.63 $12.35 $12.08

Foreign Coal: Colombia
-.7%, 12000 8Th $27.59 $27.32 $27.07 $26.81 $26.55 $26.29 $26.04 $25.79 $25.54 $25.29 $25.04
-.8%, 11600 8TU $26.28 $26.04 $25.80 $25.57 $25.33 $25.09 $24.85 $24.61 $24.38 $24.14 $23.90

Peiroleum Coke
-6%/30 HGI, 14000 8TU $20.44 $20.23 $20.02 $19.82 $19.62 $19.42 $19.23 $19.05 $18.86 $18.69 $18.50



QCF (QUARTERLY
COAL FORECST)~ 200803
3D Energy, Inc.
BUSMESS.AS-USUAL CASE

tlarch 2008

1~ell
ANt~UAL AVERAGE SPOT PRICES - NOMINAL DOLLARS PERT~ A14
ANNUAL AVERAGE SPOT PRICES - REAL 2607 bOLLARS PER 1 A67

Docket No. DE 11-2L
Data Request TCO1-O2-SPO~

Dated 1/11/13
Q-TC-002-SPO2, Page 37 of 68

ANNUAL AVERAGE SPOT PRICES - NOMINAL DOLLARS PER TON
~osk4Ess-As-UsuAL CASE

Year: 2007 2009 2069 2010 2011 2012 ~2013 ~201~~~” 2015 2016 2017 2618 2019
Northern Appalachia
-1.6%, 13000 8Th $46.61 $78.93 $50.48 $41.14 $37.42 $37.73 $37.85 $37.96 $38.34 $38.78 $39.25 $39.67 $40.09
-1.8%, 13000 8Th $45.85 $77.37 $49.13 $40.29 $36.70 $37.11 $37.30 $37.54 $37.93 $38.39 $38.86 $39.30 $39.74
-2.3%, 13000 8Th $44.71 $75.05 $47.10 $39.00 $35.63 $36.17 $36.49 $36.89 $37.32 $37.80 $38.27 $38.74 $39.21

Central Appalachia
-.7°Io, 12500 8Th $46.46 $80.24 $57.87 $54.38 $53.33 $54.89 $56.50 $57.62 $58.45 $59.48 $60.69 $62.06 $63.50
~7°Io, 13000 8Th $49.50 $85.51 $61.68 $57.99 $56.97 $58.60 $60.32 $61.50 $62.39 $63.50 $64.78 $66.25 $67.78
~1.00Io, 12500 8TU $44.33 $76.93 $54.65 $50.03 $46.04 $44.76 $44.18 $44.05 $43.98 $44.65 $45.46 $46.32 $47.12
-L5%, 12500 8Th $40.72 $59.21 $39.79 $39.91 $40.82 $41.23 $41.77 $42.44 $43.20 $44.04 $44.86 $45.71 $46.57

Ohio
-4%, 12500 8TU $39.19 $69.01 $42.54 $35.36 $32.34 $32.85 $33.14 $33.53 $33.93 $34.39 $34.83 $35.27 $35.72

Illinois Basin
-3%, 11000 8TU (IL) $27.01 $35.91 $32.47 $33.37 $35.44 $35.53 $35.73 $36.05 $36.39 $36.77 $37.13 $37.51 $37.90
-3%, 11000 8TU (KY) $28.91 $37.81 $34.28 $35.18 $37.15 $37.22 $37.43 $37.77 $38.13 $38.52 $38.89 $39.28 $39.68

Powder River Basin
-.33%, 8400 8Th $8.36 $12.91 $10.88 $10.08 $9.98 $10.07 $10.06 $10.06 $10.11 $10.20 $10.40 $10.59 $10.76
-35%, 8800 8Th $9.85 $15.56 $12.30 $11.49 $11.85 $12.08 $12.22 $12.33 $12.48 $12.67 $12.91 $13.15 $13.41

Uinta Basin
-.5%. 11500 8TU $29.93 $38.15 $28.99 $25.54 $24.86 $24.00 $24.26 $24.59 $24.93 $25.31 $25.68 $26.05 $26.43

Foreign Coal
-.7%, 12000 8Th $62.03 $105.40 $65.52 $56.28 $82.13 $49.89 $49.93 $50.47 $51.00 $51.55 $52.23 $52.93 $53.60
-.8%, 11600 8Th $57.85 $98.30 $61.13 $52.57 $48.81 $46.84 $47.02 $47.62 $48.28 $48.91 $49.57 $50.27 $50.96

Petroleum Coke
-6%J30 HG!, 14000 8TIJ $44.90 $59.59 $48.09 $46.66 $39.99 $37.26 $37.14 $37.52 $37.92 $38.35 $38.78 $39.25 $39.72

0
0
0
-~
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QCF (QUARTERLY
COAL FORECST)- 200803
10 Energy, Inc.
BVS~NESS~AS-U~tJAL CASE

March 2008

2018 2017 2018 2019

$32.75 $32.52 $32.25 $31.99
$32.42 $32.20 $31.95 $31.71
$31.92 $31.71 $31.49 $31.29

Cenlral Appalachia
-.7%, 12500 BTU
-.7%, 13000 STU
-1.0%, 12500 STU
-1.5%, 12500 BTU

Ohio
-4%, 12500 BTU

Illinois Basin
-3%, 11000 6Th (IL)
-3%, 11000 BTU (KY)

Powder River Basin
.33%, 8400 8Th

-.35%, seoo 8TU

Uinta Basin
~.5%, 11500 8Th

Foreign Coal: Colombia
-.7%, 12000 8TU
-.8%, 11600 BTU

Petroleum Coke
-6%/30 HGI, 14000 8Tu

ANNUAL AVERAGE SPOT PRICES - REAL 2007 DOLLARS PER TON
BU~NE~S-A~-U~jAL CASE

Year: 2007 2008 2boU 2~t10 “2011 2012 2013 2014 201$
Northern Appalachia
-1.6%, 13000 8TU $46.61 $77.65 $48.83 $39.03 $34.80 $34.41 $33.87 $33.33 $33.01
-1.8%, 13000 8Th $45.85 $76.12 $47.52 $38.22 $34.14 $33.84 $33.38 $32.95 $32.68
-2.3%, 13000 8Th $44.71 $73.83 $45.55 $37.01 $33.14 $32.99 $32.65 $32.39 $32.13

$46.46 $78.94 $55.98 $51.60
$49.50 $84.12 $59.66 $55.02
$44.33 $75.68 $52.86 $47.47
$40.72 $58.25 $38.48 $37.87

$39.19 $67.89 $41.18 $33.55

$27.01 $35.33 $31.40 $31.66
$28.91 $37.20 $33.15 $33.38

$8.36 $12.70 $10.53 $9.56
$9.85 $15.31 $11.89 $10.90

$29.93 $37.54 $28.04 $24.23

$62.03 $103.69 $63.38 $53.37
$57.85 $96.71 $59.13 $49.88

$44.90 $58.62 $46.51 $44.27

$49.60 $50.05
$52.99 $53.44
$42.82 $40.82
$37.97 $37.60

$30.07 $29.98

$32.96 $32.40
$34.55 $33.94

$9.28 $9.18
$11.02 $11.01

$23.12 $21.89

$48.48 $45.49
$45.39 $42.71

$37.19 $33.98

$50.57 $50.58 $50.33
$53.98 $53.99 $53.72
$39.54 $38.67 $37.87
$37.38 $37.25 $37.20

$29.66 $29.44 $29.22

$31.97 $31.65 $31.34
$33.50 $33.16 $32.83

$9.00 $8.83 $8.70
$10.94 $10.83 $10.74

$21.71 $21.59 $21.47

$44.69 $44.31 $43.92
$42.08 $41.80 $41.55

$33.24 $32.93 $32.65

$50.24 $50.29
$53.63 $53.69
$37.71 $37.67
$37.19 $37.17

$29.04 $28.86

$31.05 $30.77
$32.53 $32.23

$8.61 $8.62
$10.70 $10.70

$21.38 $21.28

$43.54 $43.28
$41.31 $41.08

$32.39 $32.14

$50.45 $50.66
$53.86 $54.08
$37.65 $37.60
$37.16 $37.16

$28.68 $28.50

$30.49 $30.24
$31.93 $31.66

$8.61 $8.59
$10.69 $10.70

$21.17 $21.09

$43.03 $42.77
$40.87 $40.66

$31.91 $31.69

C
C
C



QCF (QUARTERLY
COAL FORECST)- 200803
3D Energy, Xnc.
~BUSlNESSA~.bSliAL CASO

March 2008

ANNUAL AVERAGE SPOT!’
nUslNgsS.Asos1J~L CASE

Year: 2020 2021 ~~2022 ‘2023 2024
Northern Appalachia
-1.6%, 13000 8Th $40.55 $41.14 $41.66 $42.20 $42.75
-18%, 13000 BTU $40.23 $40.78 $41.30 $41.84 $42.38
-2.3%, 13000 8Th $39.74 $40.24 $40.75 $41.29 $41.82

Docket No. DE 11-2.
Data Request TCO1-02-SPO2

Dated 1/11/13
Q-TC-002-SPO2, Page 39 of 68

Central Appalachia
-.7%, 12500 8Th
-.7%, 13000 8TU
-1.0%, 12500 BTU
-1.5%, 12500 BTU

Ohio
4°/o, 12500 8Th

Illinois Basin
-3%, 11000 BTU (IL)
-3%, 11000 8Th (KY)

Powder River Basin
-.33%, 8400 OTU
-.35%, 8800 BTU

hJinta Basin
-.5%, 11500 BTU

Foreign Coal
-.7%, 12000 8Th
-.8%, 11600 8Th

Petroleum Coke
-6%f 30 HGI, 14000 BTU

$64.96
$69.34
$48.05
$47.51

$36.22

$38.32
$40.12

$10.97
$13.74

$26.85

$54.27
$51.69

$40.21

$66.46
$70.95
$48.95
$48.41

$36.70

$38.74
$40.55

$11.11
$13.99

$27.26

$55.01
$52.44

$40.73

2025

$43.32
$42.94
$42.38

$72.95
$77.90
$52.86
$52.34

$38.72

$40.47
$42.33

$11.65
$14.91

$28.98

$58.40
$85.73

$43.14

$67.96 $69.60 $71.22
$72.56 $74.32 $76.05
$49.89 $50.86 $51.84
$49.36 $50.33 $51.32

$37.18 $37.68 $38.19

$39.16 $39.59 $40.02
$40.98 $41.42 $41.87

$11.25 $11.39 $11.51
$14.22 $14.45 $14.67

$27.67 $28.10 $28.53

$55.80 $56.62 $57.49
$53.20 $54.00 $54.84

$41.28 $41.86 $42.48

2026 2021

$43.89 $44.46
$43.51 $44.07
$42.93 $43.49

$74.75 $76.56
$79.83 $81.77
$53.88 $54.91
$53.36 $54.40

$39.24 $39.77

$40.92 $41.37
$42.79 $43.25

$11.75 $11.87
$15.12 $15.35

$29.43 $29.88

$59.38 $60.40
$56.67 $57.64

$43.85 $44.60

20~8 - -

$45.02
$44.63
$44.04

$78.41
$83.76
$55.94
$55.44

$40.29

$41.81
$43.70

$11.99
$15.58

$30.33

$61.44
$58.63

$45.37

2029 2030

$45.58 $46.17
$45.18 $45.77
$44.58 $45.17

$80.25 $82.15
$85.74 $87.77
$56.98 $58.10
$56.48 $57.60

$40.81 $41.37

$42.24 $42.71
$44.14 $44.62

$12.09 $12.24
$15.80 $16.06

$30.78 $31.26

$62.52 $63.57
$59.66 $60.67

$46.19 $46.97

0
0
C

CD
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QCF (QUARTERLY
COAL FORECST).. 200803
3D Energy, Inc.
BUSINESS.AS.USUAL CASE

March 2008

Docket No. DE 11-250
Data Request TC01-02-SP02

Dated 1/11/13
Q-TC-002-SPO2, Page 40 of 68

ANNUAL AVERAGE SPOT P
8U~NESS.AS.t)StJAL CASE

Year: 20~0
Northern Appalachia
-1.6%, 13000 BTU $31.75
-1.8%, 13000 8Th $31.50
-2.3%, 13000 8TU $31.12

2021 2022 2023 2024 2025~

$31.62 $31.44 $31.28 $31.11 $30.94
$31.35 $31.17 $31.01 $30.84 $30.67
$30.94 $30.76 $30.60 $30.43 $30.27

2026 2ö2~~ ~0~á

$30.77 $30.59 $30.41
$30.50 $30.33 $30.15
$30.10 $29.93 $29.75

2029 2030

$30.24 $30.08
$29.97 $29.82
$29.58 $29.43

Central Appalachia
-.7°,’,,, 12500 8Th
.7%, 13000 8Th

-1.0%, 12500 BTU
-1.5%, 12500 8Th

Ohio
-4%, 12500 8Th

Illinois Basin
-3%, 11000 8Th (IL)
-3%, 11000 8TU (KY)

Powder River Basin
-.33%, 8400 STU
.35%, 8800 8TU

Uinta Basin
-.5%, 11500 STU

Foreign Coal: Colombia
-.7%, 12000 6Th
-.8%, 11600 BTh

Petroleum Coke
-6°/s/lO i-IGI, 14000 STu

$50.87 $51.09 $51.30 $51.59 $51.82 $52.10 $52.40 $52.68 $52.98 $53.24 $53.52
$54.30 $54.54 $54.77 $55.08 $55.34 $55.64 $55.96 $56.27 $56.59 $56.88 $57.18
$37.62 $37.63 $37.66 $37.69 $37.72 $37.76 $37.77 $37.78 $37.80 $37.80 $37.85
$37.20 $37.22 $37.26 $37.30 $37.34 $37.39 $37.41 $37.43 $37.46 $37.47 $37.52

$28.36 $28.21 $28.06 $27.93 $27.79 $27.65 $27.51 $27.37 $27.22 $27.07 $26.95

$30.01 $29.78 $29.56 $29.34 $29.12 $28.91 $28.69 $28.47 $28.25 $28.02 $27.82
$31.42 $31.17 $30.93 $30.70 $30.46 $30.23 $30.00 $29.76 $29.52 $29.28 $29.07

$8.59 $8.54 $8.49 $8.44 $8.38 $8.32 $8.24 $8.17 $8.10 $8.02 $7.97
$10.76 $10.75 $10.74 $10.71 $10.67 $10.65 $10.60 $10.56 $10.53 $10.48 $10.46

$21.03 $20.96 $20.89 $20.82 $20.76 $20.70 $20.63 $20.56 $20.49 $20.42 $20.36

$42.50 $42.29 $42.12 $41.96 $41.83 $41.72 $41.63 $41.56 $41.51 $41.48 $41.41
$40.48 $40.31 $40.16 $40.02 $39.91 $39.81 $39.73 $39.66 $39.61 $39.58 $39.52

$31.49 $31.31 $31.16 $31.02 $30.91 $30.81 $30.74 $30.69 $30.66 $30.64 $30.60

0
0
0

03
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Docket No. DE 11-2
Data Request TCO1-O2-SPO~o

Dated 1/11/13
Q-TC-002-SPO2, Page 43 of 68

QCF (QUARTERLY COAL
FORECAST) 200804
3D E9~rgy, InlI.
aAs6CAsr

Augnnt 2006

COAL AV8RAGI( 6~0T PA(C60 ~. NOMSC$L DOLLARS PSR TON A04
,*NNW~L A RAGIS SPoT PIUCEIS RlL$1, 300$ ODUARI) 1165 TOt~
qu~sm~q.y opçr Pc4sCRS - NOMINAL DOLLARS ~‘85TOC $131

ANNUAL AVERAGE SPOT PRICES - NOMINAL DOLLARS PER TON
54 458

11194 2500 3001 2O’~Z80I 7586 ~‘ ~20O$ 240$ 20011 2040 5000 ~20f0 2014
Nolth.,nApp1*nhln
-1.6%, 13000 BTIJ $25.59 $26.41 $24.85 $24.45 $26.34 $26.04 $24.94 $23.60 $24.09 $40.52 $30.37 $31.04 $50.27 $54.42 $45.02 $46.61 $109.29 $100.38 $56.06 $41.01
-1.8%, 13000 60.) $20.06 $25.55 $23.49 $32.50 $22.51 $22.99 $23.89 $22.12 $23.07 $39.46 $29.30 $29.83 $48.89 $02.23 $43.41 $45.00 $007.87 $90.45 $05.08 $40.30
-2.3% 13000 BflJ $32.40 $20.72 $31.40 $20.75 $21.26 $20.79 $22.54 $20.60 $22.55 $35.99 $27.01 $28.67 $47.91 $48.94 $39.00 $44.71 6103.7$ $95.84 $53.54 $39.25

C.ofn.lApp~th1.~
-.7%, 12000 50)1 $24.30 $26.02 $26.75 $24.86 $26.01 $25.45 $25.97 $24.50 $24.90 $47.09 $29.20 $34.27 $58.62 $61.97 $55.91 $46.46 $108.20 $155.04 $64.73 $56.86
-.7%, 13000800 $26.00 $27.58 $28.31 $26.69 $28.80 $25.28 $25.77 $25.15 $26.42 $50.06 $31.07 $36.49 $62.42 $66.81 $59.56 $49.50 $115.41 $101.96 $69.02 $60.74
-1.0%, 52500 801 $21.94 $24.01 $24.22 $22.84 $24.41 $24.02 $24.24 $23.29 $23.45 $44.09 $27.25 $33.04 $55.03 $57.49 $50.71 844.33 5105.29 $101.83 $60.39 $48.01
-1.5% 1250080.) $21.54 $22.92 $22.70 $21.72 $22.73 $23.05 $23.33 $32.07 $21.72 $38.50 $24.19 $29.19 $49.92 $53.58 $45.49 $45.72 $93.27 $88.15 $50.33 $43.51

ChIn
-4%, 12100 BTU $19.79 $21.59 $20.83 $18.38 $16.25 $18.34 $18.05 $18.41 $59.09 $26.44 $20.72 $23.01 $33.25 $35.88 $32.55 $39.19 $80.14 $78.23 $48.35 $35.60

1l0nhI140s1,,
-3%, 15000 BTU (IL) $19.93 $25.69 $19.85 $06.96 $17.70 $58.50 $10.25 $17.44 $06.83 $24.63 959.71 $19.61 $28.12 $27.54 $27.05 $27.01 $50.75 $54.40 $38.12 $34.89
-3%, 1100000.) (KY) $20.03 $22.79 $28.95 $18.50 $59.29 $20.29 $59.90 018.81 $07.51 $29.92 $23.34 $22.09 $29.18 $29.02 $29.06 $29.91 $52.65 $56.29 $39.93 $36.70

Pnwdn,RhInrB,*,
-.33%~ 8400 811.) $3.55 $3.26 $4.34 $3.80 $3.09 $3.13 $3.35 $3.45 $3.43 $7.50 $4.74 $5.13 $8.23 $7.96 $10.17 $8.36 $15.77 $51.99 $10.08 $15.53
-.35%, 8800 60)1 $4.58 $4.64 $5.00 $4.68 $4.05 $4.29 $4.48 $4.42 $4.38 49.34 65.88 $6.25 $6.26 $00.09 $12.74 $9.85 $13.76 $13.40 $02.50 $12.97

liTht~ B.ss)n
-.5%, 11500 SW $59.70 $19.35 $03.64 $14.05 $13.58 $55.18 $55.00 $14.16 $13.35 $20.06 $16.95 $07.13 $28.82 $33.15 $36.76 $29.93 $59.78 $54.61 627.68 $25.68

Fnro(g, On,,!
-.7%, 12050 BIll $28.74 $26.45 $28.05 534.31 $32.76 $31.71 $29.31 $26.38 $27.89 $35.37 $27.70 $33.43 $59.18 $80.52 $80.83 $62.03 $125.48 $115.05 $78.58 $54.42
-.8%, 11600800 $29.60 $26.70 $24.09 $25.79 $32.94 $26.04 $31.45 $58.40 $46.90 $47.22 $57.85 $117.00 $107.30 $71.56 $50.95

PoI,nln,,n Cokn
-604/30 00114500010 $15.42 $12.55 $18.22 819.39 $3.52 $1.71 $9.90 $52.73 $8.57 $13.03 $11.27 $57.50 $34.76 $44.90 666.62 $58.65 450.02 440.71



Docket No. DE 11-250
Data Request TCOI-02-SPO2

Dated 1/11/13
Q-TC-002-SPO2, Page 44 of 68

QCF (QUARTERLY COAL
FORECASQ - 200804
3D Onorgy, 000,
SAlE 0406

009000 2008

ANNUAL A VERAGE SPOT PRICES - REAL 2008 DOLLARS PER TON
8A5ECASI~

1693 10~ 4494 i049 1444 1~~1 i~oá 4964 2349 4 2049 4404 1004 7709 -, (100 4600 - 246, ~ 2010 ~
No0hom App01,01,I,,
.1,6%, 13000 05.1 $36.18 $36.49 $33.62 $32.42 $34.28 $33.32 $31.57 $29.51 $29.41 $48.32 $35.56 $30.62 $56.00 $58.81 $48.08 $47.57 $109.29 $98.34 $53.89 $30.64
-1.8%, 13000 800 $35.42 $35.29 $31.77 $29.45 $29.29 $29.29 $29.06 $27.60 $20.07 $47.05 $34.43 $34.23 $54.54 $56.44 445.48 $46.79 $107.07 $96.44 $52.92 $37.98
-2.3%, 13000 8(13 $31.66 $30.00 $29.05 927.46 027.67 $27.89 $20.53 925.77 426.93 $42.92 $32.24 $32.90 $53.44 $52.55 $41.69 $45.62 $103.75 $93.59 $01.47 $36.99

COOl,.,’ App,loohh,
-.7%, 12500 8TU $34.35
-.7%, 13000 ITO $36.85
-1.8%, 12500 OTU $31.01
-1.5%, 12500 OTU $30.44

Ohio
-4%, 12505 85.1 $2737

IIliooJo 80th,
-3%, 11000800 (IL) $26.75
-3%, 11005 811) (KY) $28.30

Poodo,Rñ,o,B.,olo
-.33%, 8400 OTt) $5.06
-.35%, 8805 ITt) $6.47

0(0(0 80110
-.5%, 11500 OTt) $27.97

For,)g, Co.,0 C,io,ohi.,
-.7%, 02000800 $40.61
-.8%, 11600800

Pol46ooo, Coho
-6%130 001, 54000 010

IMPU0IT P1)06
00700709 (GOP) 86.40

0, COOn5, 2.77%

$35.95 $16.19 $32.96 $33.04 $32.50 $32.50 $3037
$38.09 $3L30 $35.26 $33.57 $32.22 $32.65 $31.30
$3337 $32.76 $30.20 $31.77 $30.75 $30.69 $29.07
$31.67 $30.70 $20.79 $29.50 $29.50 $29.54 $27.54

$29.70 $28.17 $24.36 $23.75 $23.47 $22.05 $22.97

$29.94 $26.65 $22.49 $23.05 $23.17 $23.10 $21.76
$31.46 $28.34 $34.08 $25.10 $25.92 $25.19 $23.47

$4.51 $5.87 $4.77 $4.02 $4.00 $4.24 $4.30
$6.40 $6.87 $6.20 $5.39 $5.49 $5.63 $5.52

$26.73 $10.45 $10.63 $17.66 $09.42 $19.10 $17.67

$36.54 $37.95 $45.49 $42.61 $40.59 $37.10 $32.00
$17.90 $33.00 $30.06

$20.06 $16.64 $23.71 $24.52 $4A5 $2.13

88.30 90.27 92,10 93,05 90.41 96.47 97.86
2,30% 2.12% 2,54% 1,09% 1.67% 1.11% 1,44%

$30.40 $56.15
$32.26 $59.69
$28.64 $52.50
$26.52 $45.90

$23.06 $31.53

$20.55 $29.37
$20.30 015.69

$4.50 $9.03
$5.34 $11.53

$16.30 $21.92

$34.05 $42.18
$31.49 $39.28

$12.19 $55.10

100.00 102.40
2.18% 2,40%

$34.22 $39.33 $68.39 $66.97 $50.57 $47.41 $100.30 $102.90 562.23 $83.57
$36.40 $41.88 $69.63 $71.33 $63.40 $50.52 $115.41 $109.68 $68.38 $57.23
$31.94 $36.77 $61.39 $62.12 $53.12 $45.24 $105.29 $99.75 $58.05 $45.24
$20.35 $33.50 $55.69 $57.47 $47.85 $41.55 663.27 $86.35 $40.39 $41.00

$24.28 $26.41 $37.50 $38.77 $34.09 $3939 $01.14 $76.61 94649 $33.55

$23.10 $22.51 $29.14 $29.76 $28.29 $27.86 $50.75 $53.37 $36.65 $32.07
$27.30 425,35 632,55 832.22 $30.44 429.50 $52.65 $55.14 $30.28 $34.58

$5.59 $5.88 $8.63 $0.60 $10.65 $0.53 $11.77 $11.75 $10.66 $30.48
$6.06 $7.13 $6.99 $10.90 $13.34 $10.05 $13.70 $13.12 $12.01 $12.22

419.67 $19.65 $29.92 $35.77 $38.81 $30.04 $59.78 $53.50 $26.03 $24.20

$32.46 $35.36 $66.02 $54.16 $52.93 $63.30 $125.45 $152.67 $73.63 $51.27
$30.51 $36.05 $61.90 $50.68 $49.47 $59.03 $117.00 6105.11 $60.00 $40.01

$08.04 $1495 $13.55 $18.90 $36.41 $45.02 $66.62 $57.46 $40.09 $38.35

104,19 106,48 100.46 113.05 118.07 109.66 522,11 124.65 127.01 179.19
1.75% 2.13% 2.87% 3.23% 3,16% 2.66% 2,04% 2.000, 1.890, 2.03%

C
C
C

C
“3



Docket No. DE 11-2.
Data Request TCO1-02-SPO2

Dated 1/11113
Q-TC-002-SPO2, Page 45 of 68

QCF(QUARTERLY COAL
FORECAS7) - 200804
30 EnOrgy, 100.
04040488

489001 2008

QUARTERLY SPOT PRICES - NOMINAL DOLLARS PER TON

~ 379$ 5896 9884 ~‘1897’’ $837 ~‘~~‘1~880 1980 809*
(24 Cl 02 (23 09~ (29 (27 (23 04 *9 02 03 *4 0* 02 (23 06

N~Eth8-fl 4p960’rhIO
.14%, 13000 6Th 624.73 $24.69 $26.27 $24.93 $26.76 $27.41 526.76 $25.67 $25.77 $25.94 $25.72 $24.63 $24.63 $24.70 $24.43 $23.54 $23.29 $23.34
-1.8%, 13000 0Th $22.15 $22.10 $23.29 $22.10 $22.35 $22.30 $22.40 $22.30 $23.05 $23.79 $23.79 $23.29 $23.84 $23.44 $22.80 $21.66 $21.41 $22.60
-2.3%, 13000 0Th $20.96 $20.57 $21.81 $20.90 $21.25 $21.11 $21.21 $21.16 $22.01 $22.00 $22.00 $22.25 $22.80 $22.30 $21.51 $19.73 $19.92 $21.46

-.7%, 12500 0Th $24.95
-.7%, 13000 OTU $26.49
.15% 12500010 $22.92
-1.5%, 12500 810 $21.61

Oh!,,
-4%, 12508 8Th $18.35

llhf,,oi,B,,,h,
-3%, 11000 0Th (II) $16.70
-3%, 11000 0Th (KY) 617.00

-.33%, 8400000 $3.40
-.30%, 8800 0Th $4.40

00,8,, 8,,,!,,
‘.5%, 11500 0Th $14.20

Foro!g, Con!
-.7%, 12000 8112 $34.20
-.8%, 11600 010

~Cok,,
-601/30 HG!, 14000 0Th $10.20

$24.70 $25.71 $24.50 428,06 $26.97 $27.17 $24.55 $24.50 $25.60 $25.04 $25.27 $26.28 $26.71 $25.91 $24.14 $23.09 $24.04
$26.23 $25.50 $24.30 $26.60 $26.75 $26.90 $24.35 $24.38 $25.40 $25.43 $25.07 $26.07 $26.50 425,70 $23.95 $25.46 $25.00
$22.91 $24.11 523.54 $24.90 $25.10 $25.21 $23.59 $23.33 $23.06 $24.06 $23.33 $24.40 $25.10 $24.32 $23.13 $22.92 $22.91
$21.46 $22.50 $21.56 $23.44 $23.44 $23.54 $23.13 $22.40 $23.83 423,38 $22.01 $23.33 $24.01 $23.13 422.03 $21.02 $21.30

$19.25 $19.25 $50.20 $18.30 $18.25 $89.40 $10.30 $10.31 $10.30 $18.30 $18.10 $19.10 $17.70 $88.35 $18.00 010.40 51890

$ 16.05 $ 17.50 $ 17.35 5 10.00 $ 18.09 $18.80 $10.00 $10.15 $19.25 $19.25 $17.95 $ 18.20 $ 19.60 $10.10 $17.10 $17.15 $17.00
$ 19,10 $ 18.75 4 18.10 $ 19.90 $ 20.80 $28.00 $20.00 $20.05 $19.95 $20.05 $10.35 $ 20.00 $ 20,20 $89.75 $19.00 $19.40 $10.05

$3.30 $3.20 $3.15 $3.05 $3.00 $3.00 $3.00 $3.20 $3.30 $3.62 $3.35 $3.15 $3.27 $3.38 $3.45 $3.47 $3.80
$4,40 $4.25 $4.20 $4.00 $4.00 $4.00 $4.05 $4.58 $4.60 $4.00 $4.45 $4.20 $4.34 $4.30 $4.45 $4.40 $4.45

$84.00 $13.50 $13.20 $13.60 $14.50 $14.40 415.05 415.61 485,60 $15.21 015.20 $ 15.10 $ 14.80 $14.65 $14.40 414.10 *13.00

$34.50 $33.65 $32.15 932.00 $33.25 $33.50 $32.40 $30.95 $30.00 929,20 929.00 $30.10 438,90 820,45 $28.00 $24.60 $24.40
$31.54 $30.51 $20.69 $27.71 $26.61 $26.80 $27.99 $26.13 $28.63 824,63 $23.34 $22.75

$11.79 $15.00 $17.24 $19.35 $20.41 $21.47 $21.02 $19.08 815,27 97.41 53.93 41.36 $1.36 $1.36 $1.36 $1.36 92,75

2790
*1 03

$22.50 $22.98
$22.03 $22.00
$21.10 $20.96

$23.54 923.39
$24.96 $24.78
$22.34 $22.19
$20.73 $20.63

$19.00 $18.25

$16.75 $16.70
$17.20 $16.95

93,40 $3.20
54.40 $4.20

912,75 $12.80

$26.00 427,25
$24.13 $20.21

$5.50 $5.73

0
0

0
(43



Docket No. DE 11-250
Data Request TCO1-02-SPO2

Dated 1111113
Q-TC-002-SP02, Page 46 of 68

QCP (QUARTERLY COAL
FORECAS7~ - 200804
20 006r5y, mO.
8500 (~A10

5690602008

ANNUAL AVERAGE SPOT
DASECA4O ~‘

3012 2ol2 2014 7424 3416 ~20rT 1p$~ 20m,o 3020 0001 2022 - 203$ 2020 2020 2026 2~2~• “ 2036 3020
9o116o,n Appslsshi,
-1.6%, 13000 0111 440.45 $40.62 $40.70 $41.30 $41.81 $42.47 $43.15 $43.90 $44.70 $45.69 $46.51 $47.37 $40.20 $49.01 $49.66 $50.76 551.64 952.51 $13.40
-1,5%, 13000020 $39.84 $40.08 $40.34 $40.84 $40.42 $42.09 $42.78 443.56 444.38 $45.29 $46.00 $46.96 $47.78 $48.58 $49.42 450.32 $51.19 $52.05 $52.94
-3.3%, 13000020 $38.91 $39.27 $38.70 $40.24 $40.84 441.51 442.23 $43.04 $43.90 $44.69 $45.50 $46.34 $47.15 $47474 $48.77 $49.66 $50.02 $51.37 402.24

Cssf5nlAppafsshl,
‘7% 12100031,1 $09.48 $60.96 $02.60 $64.83 $63.36 $63.77 464.55 466,30 $68.03 $09.88 $71.77 $73.91 476,11 $79.24 963.59 985,18 $67.81 $90.43 $93.00
-.7%, 13000 010 $03.50 $65.00 $06.03 $68.34 $67.63 $00.08 $68.98 $70.77 $72.62 $74.68 $76.62 $78.95 $01.20 $84.63 $88.20 $90.98 $93.81 $96.01 $99.42
.51,~% 12100 011,1 $40.21 $47.70 $47.36 $48.20 $47.08 $47.00 $40.18 $49.22 $00.34 $51.48 $52.68 $54.00 $55.39 $57.41 $59.52 $61.09 $62.64 $64.19 $60.88
‘10% 12100 071,2 $44.68 $45.39 $46.11 $47.33 $46.91 $47.15 $47.54 $48.63 $49.76 $50.91 $52.12 $53.45 $54.84 $56.96 $58.96 $60.53 $62.88 $63.64 $65.34

Ohio
-4%, 12500011,1 435,33 $35.66 $36.07 $36.57 $37.13 437.76 638.43 639.19 $39479 $40.74 $41.49 942,28 $43.04 $43.78 $44.56 $40.39 $46.28 $47.00 $47.83

Illinsia Basin
‘3%, 11000 5114 (IL) $15.89 $35.32 $30.67 $36.02 $36.40 $36.79 $37.22 $37.74 $30.31 $39.80 $39.39 $39.79 $40.26 $40.70 $41.16 $41.67 $42.14 $42.60 $43.07
-3%, 11000011,14113 $36.91 937.20 $37.61 $38.82 $30.45 $18.89 $39.38 $39.96 $40.50 $40.14 $41.68 $41.35 $42.77 $43.18 $43.81 $44.30 $64.92 $65.44 $45.07

40060, 85’s, Bank,
-.33%, 8450531,1 $10.78 $10.61 $18.52 $10.60 $10.69 $10.93 $11.14 $11.38 $11.63 $12.03 $12.39 $12.62 $12.81 $13.02 $03.22 $13.45 $53.60 $13.87 $14.00
-.31%, 8050020 $12.77 $12.75 $12.70 $12.95 $13.14 $03.41 $13.67 $14.00 $14.30 $14.88 $15.33 $15.66 $15.96 $16.36 $16.57 $16.89 $57.22 $17.54 $57.87

U/nt, Basin
-.5%, 11500820 624,64 $25.00 $25.40 $25.79 $26.20 $26.61 $27.05 $27.57 428.11 $28.62 $29.12 $29.65 $38.16 $30.66 $31.58 $31.73 132.27 $32.80 $33.34

Foss/go Coal
-.7%, 52000 0714 550,48 $49.57 $49.72 $50.23 $50.75 $51.40 $52.10 $12.82 $53.55 $54.31 905.12 $55.96 456,82 $57.70 $58.63 $59.63 960.67 $61.73 462,77
-.8%, 116000131 947,40 $46.30 $46.91 $47.52 $48.15 $48.79 $49.48 $50.22 $51.05 $51.77 $52.55 $53.37 $54.21 $55.06 $55.95 $56.91 $57.90 $58.91 $59.90

Potoslota,, Co8,
-6%/30 6111, 16500820 $36.37 $34.69 $35.07 $35.47 $35.89 $36.33 $36.82 837.35 $37.92 $38.49 $39.03 $39.64 $40.29 $40.96 $41.68 $42.46 $43.28 $44.13 $44.95

0
0
0

0
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Docket No. DE 11-2.
Data Request TCOI-02-SPO2

Dated 1/11113
Q-TC-002-SPO2, Page 49 of 68

QCF (QUARTERLY COAL
FORECAST) - 200804
30 Ener9y, Inc.
oAsScAsE

AUgoot 2808

QUARTERLYSPOT PRICE
8858149

Ynoc 2906
Oco,tn,. 01 100 04 0$ <51 (22 (43 <54 01 <53 (03 (24 (21 (22 03 64

($o(ho,n Appoloth(0
-1.6%, 13000 8013 $49.63 $46.60 $44.14 $42.90 $44.00 $44.75 $46.60 $51.10 $73.12 $106.03 $130.23 $121.97 $017.50 $108.58 $92.91 $82.49
-1,8%, 13000 81(3 $46.48 $43.85 $41.92 $41.40 $43.09 $44.02 $45.83 $50.46 $72.02 $104.93 $131.75 $119.19 $015.39 $106.50 $91.07 $80.75
-2.3%, 13000 8W $41.76 $39.72 $38.58 $39.14 $41.73 $42.93 $44.67 $49.50 570.37 5102.07 $126.52 $116.03 $012.22 $183.58 $88.22 $78.14

CUOfrUIAppUIoOWU
-.7%, 12500 8flJ
-.7%, 13000 8113
-5.0%, 12500 8113
-1.5%, 125008W

Ohio
-4%, 12500 8W

8l0,oio Booh,
-3%, 1100081(3 (IL)
-3%, 110008111 (IcY)

SoY 90.00 840.,
-.33%, 5400 810
-.30%, 0800 8113

Lfl,Oo 80010
-.5%, 11500 8W

Fo,oky, CSoI
-.7%, 120008111
‘.8%, 11600610

Pnfroin,00 bUn
-6%/Il HGI, 14000 SW

02 01 (24

$56.08 $49.73 $46.57
$55.01 $48.94 $45.83
$53.40 $47.75 $44.72

$61.21 $19.39 $54.23 $48.82 $41.92 $44.73 $45.61 $53.85 $73.73 $102.73 $032.65 $124.07 $120.32 $112.05 $97.65 $98.76
$65.20 $65.26 $57.79 $02.81 $44.66 $47.65 $48.65 $57.66 $78.58 5109,46 $141.39 $132.21 $128.24 $119.40 $193.46 $96.74
$50.10 $11.81 $49.69 $46.23 $39.18 $42.53 $43.61 $11.60 $70.88 $99.05 $129.68 9121.07 $017.41 $108.96 $93.72 $87.16
$48.97 $46.25 $44.09 $42.62 $35.52 $39.22 $40.17 $47.98 $65.05 $92.03 $111.25 $104.73 $102.12 $94.76 $80.72 $75.00

$34.63 $32.63 $30.67 $32.24 $35.45 $31.63 $38.63 $48.23 $65.68 $80.68 $90.76 $87.44 $66.32 $80.97 $73.76 $71.86

$27.27 $26.53 $26.63 $27.60 $26.85 $26.53 $26.93 $37.73 $31.72 $48.45 $68.67 $62.15 $62.03 $57.87 $53.02 $46.02
$29.37 $28.97 $28.72 $29.58 $28.77 $28.52 $20.77 $29.60 $33.63 $58.43 $62.50 $64.02 $63.80 $59.73 $54.28 $47.18

$14.20 $10.63 *8,20 $7,63 $7.18 $7.48 58,92 89.85 $11.57 $11.53 $01.62 $12.37 $13.12 $12.58 $11.48 510,87
$17.68 $13.62 $10.18 $9.47 18,80 $8.93 $10.47 $11.20 $13.73 $13.92 013.52 $13.97 $14.82 $13.92 $12.02 $12.33

$38.45 $37.62 $35.83 $35.13 133,78 $32.58 $27.82 826,43 $34.31 $50.63 $15.12 $78.96 $70.72 $60.23 $47.93 $36.57

$40.03 $52.74 $50.93 $49.61 551,13 $52.40 $59.37 $85.13 $107.74 8034,32 $144.00 $125.74 9123,07 $117.18 $112.62 $107.20
$45.69 549.24 $47.65 $46.32 $47.70 $48.85 $85.37 $79.38 9100,50 $11597 $134.27 $117.25 $114.77 8109,31 $105.06 $100.05

$24.99 936.75 439.32 937.90 444,03 847,68 944.96 442.90 453,01 $66.04 $76.59 $70.65 $68.94 656.49 652.05 $56.33

01

$71.04
$70.42
$68.29

$78.09
$93.25
$74.19
$62.77

$61.37

$41.00
$42.82

510.81
$12.28

$30.93

$98.65
$92.03

$57.37

$03.98
$60.20
$59.78
$49.50

$68.21

$37.82
$39.60

$10.70
$12.12

$26.42

$82.68
$77.25

$52.74

$59.42 $07.42
$63.30 $61.21
$84.92 $52.62
$45.03 $43.93

$43.31 $40.02

537.17 536.40
638.93 530.27

$11.00 $11.20
$02.83 813.75

$25.63 $25.32

$68.88 $56.12
$64.40 $52.48

$47.03 $42.13

0
0
1%)
0
-4



0
0
I’.)
0
GD

Docket No. DE 11-250
Data Request TCO1-02-SP02

Dated 1/11/13
Q-TC-002-SPO2, Page 50 of 88

QCF (QUARTERLY COAL
FORECAST) - 200804
JD Energy, Inc.
BASE CAS~

August 2008

ANNL1AL~ AVERAGE CONTRACT PRICES - NO~’1XNAL DOLLARS PE A14
ANNUAL AVERAGE CONTRACT PRICES - ~EAL 20011 DOLLARs p A67
QUARTERLY CONTRACT PRICES * NOMINAL DOLLARS PER TON A121

ANNUAL AVERAGE CONTRACT PRICES - NOMINAL DOLLARS PER TON
E3ASECASE

Year:~ 2ô04~ 2009 2010 2011 2012 2013 2014 201$ 2018 “~2017 2011 ~2019 2020
Northern Appalachia
-1,6%, 13000 BTU $102.89 $89.58 $50.24 $41.98 $41.78 $41.99 $42.33 $42.89 $43.52 $44.22 $44.97 $45.80 $46.69
-1.8%, 13000 BTU $100.86 $87.94 $49.43 $41.31 $41.20 $41.50 $41.91 $42.48 $43.12 $43.84 $44.60 $45.44 $46.32
-2.3%, 13000 8TU $97.81 $85.48 $48.21 $40.31 $40.34 $40.76 $41.27 $41.87 $42.53 $43.26 $44.06 $44.91 $45.76

Cenlral Appalachia
.7%, 12500 BTU $105.62 $96.98 $61.76 $60.17 $62.31 $63.88 $65.10 $65.67 $65.61 $66.39 $67.69 $69.50 $71.35

-.7%, 13000 BTU $112.58 $103.39 $65.89 $64.25 $66.52 $68.19 $69.49 $70.10 $70.03 $70.87 $72.25 $74.19 $76.17
-1.0%, 12500 BTU $101.17 $90.77 $55.18 $49.47 $49.33 $49.10 $49.11 $49.37 $49.19 $49.61 $50.35 $51.47 $52.64
-1.5°h, 12500 BTU $87.03 $79.85 $47.59 $45.54 $46.51 $47.33 $48.05 $48.57 $48.51 $48.95 $49.72 $50.87 $52.06

Ohio
-4%, 12500 BTU $79.10 $69.43 $43.19 $36.58 $36.62 $37.02 $37.51 $38.07 $38.69 $39.37 $40.11 $40.91 $41.71

Illinois Basin
-3%, 11000 STU (tL) $51.42 $51.57 $37.63 $36.08 $36.32 $36.62 $36.99 $37.37 $37.77 $38.21 $38.70 $39.25 $39.79
-3%, 11000 BTU (KY> $53.56 $53.93 $39.50 $37.96 $38.24 $38.60 $39.02 $39.45 $39.91 $40.41 $40.97 $41.57 $42.18

Powder River Basin
-.33%, 8400 STU $12.48 $11.88 $11.38 $11.25 $11.00 $10.90 $10.90 $11.01 $11.17 $11.41 $11.64 $11.92 $12.24
-.35%, 8800 STU $14.22 $13.61 $13.08 $13.25 $13.15 $13.18 $13.28 $13.48 $13.72 $14.00 $14.32 $14.71 $15.15

Vinta Basin
-.5%, 11500 BTU $54.94 $48.85 $26.99 $25.98 $25.64 $26.02 $26.43 $26.85 $27.27 $27.72 $28.22 $28.76 $29.30

Foreign Coal
-.7%, 12000 8TU $106.24 $79.42 $66.79 $53.80 $51.41 $51.02 $51.56 $52.12 $52.73 $53.43 $54.16 $54.91 $55.69
-.8%, 11600 BTU $109.29 $97.37 $62.49 $50.46 $48.36 $48.11 $48.74 $49.38 $50.04 $50.74 $51.48 $52.26 $53.06

Petroleum Coke
-6%/30 HG!, 14000 BTU $64.74 $56.44 $45.98 $39.40 $36.66 $36.00 $36.40 $36.83 $37.28 $37.76 $38.30 $38.86 $39.44



QCF (QUARTERLY COAL
FORECAST) * 200804
3D Energy, Inc.
BASECASE

August 2008

Docket No. DE 11-2
Data Request TCO1-02-SPO2

Dated 1/11/13
Q-TC-002-SPO2, Page 51 of 68

ANNUAL AVERAGE CONTRACT PRICES - REAL 2008 DOLLARS PER TON
BASECASE

Year: 200& “ 2009 2010 2011 2012 zoi~ 2014 20~t5 “2016 ~2d17”~2018 ~2019 2020
Northern Appalachia
-1.6%, 13000 8TU $102.89 $87.76 $48.30 $39.56 $38.55 $37.99 $37.56 $37.33 $37.17 $37.07 $36.97 $36.92 $36.89
-1.8%, 13000 BTU $100.86 $86.15 $47.52 $38.93 $38.02 $37.54 $37.18 $36.97 $36.83 $36.75 $36.67 $36.63 $36.60
-2.3%, 13000 e~u $97.81 $83.74 $46.35 $37.99 $37.22 $36.88 $36.62 $36.44 $36.32 $36.26 $36.22 $36.20 $36.16

Central Appalachia
-.7%, 12500 BTU $105.62 $95.00 $59.38 $56.69 $57.49 $57.79 557.76 $57.16 $56.03 $55.65 $55.65 $56.03 $56.37
-.7%, 13000 BTU $112.58 $101.28 $63.35 $60.54 $61.38 $61.69 ~61.65 $61.02 $59.81 $59.40 $59.41 $59.81 $60.18
-1.0%, 12500 BTU $101.17 $88.92 $53.05 $46.61 $45.52 $44.42 $43.57 $42.97 $42.01 $41.58 $41.40 $41.49 $41.59
-1.5%, 12500 8TU $87.03 $78.23 $45.76 $42.91 $42.92 $42.82 $42.63 $42.28 $41.43 $41.03 $40.88 $41.01 $41.13

Ohio
-4%, 12500 BTU $79.10 $68.01 $41.52 $34.47 $33.79 $33.49 $33.28 $33.13 $33.04 $33.00 $32.98 $32.98 $32.95

Illinois Basin
-3%, 11000 OTU (IL) $51.42 $50.52 $36.18 $33.99 $33.51 $33.13 $32.82 $32.52 $32.26 $32.02 $31.82 $31.64 $31.44
-3%, 11000 BTU (KY) $53.56 $52.83 $37.97 $35.77 $35.29 $34.92 $34.62 $34.34 $34.09 $33.87 $33.68 $33.51 $33.32

Powder River Basin
-.33%, 8400 BTU $12.48 $11.64 $10.94 $10.60 $10.15 $9.86 $9.67 $9.58 $9.54 $9.56 $9.57 $9.61 $9.67
-.35%, 8800 BTU $14.22 $13.33 $12.58 $12.49 $12.13 $11.92 $11.78 $11.73 $11.72 $11.74 $11.77 $11.85 $11.97

Uinla Basin
-.5%, 11500 BTU $54.94 $47.85 $25.95 $24.48 $23.65 $23.54 $23.45 $23.37 $23.29 $23.24 $23.20 $23.19 $23.15

Foreign Coal: Colombia
-.7%, 12000 8TU $106.24 $77.80 $64.21 $50.69 $47.44 $46.16 $45.75 $45.36 $45.04 $44.79 $44.53 $44.26 $44.00
-.8%, 11600 BTU $109.29 $95.39 $60.07 $47.55 $44.62 $43.52 $43.24 $42.98 $42.74 $42.53 $42.33 $42.13 $41.92

Petroleum Coke
-6%130 HGI, 14000 3TU $64.74 $55.29 $44.20 $37.13 $33.83 $32.57 $32.30 $32.05 $31.84 $31.65 $31.49 $31.33 $31.16

C
C
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Docket No. DE 11-250
Data Request TCO1-02-SPO2

Dated 1/11/13
Q-TC-002-SPO2, Page 52 of 68

QCF (QUARTERLY COAL
FORECAST) - 200804
JO Energy, Inc.
BASE CASE

August 2008

QUARTERLY CONTRACT PRICES - NOMINAL DOLLARS PER TON
BA~ECASE

Year: 2O0$ 2009 2010
Quarter: Qf Q2 03 04 0/ C’2 03 04 QI 02 03 04

Northern Appalachia
1,6%, 13000 ETU $72.06 $108.68 $117.78 $113.06 $108.62 $94.96 $83.07 $71.68 $62.31 $50.44 $46.95 $41.25
-1.8%, 13000 BTU $70.47 $106.55 $115.46 $110.95 $106.61 $93.20 $81.54 $70.41 $61.26 $49.62 $46.22 $40.61
-2.3%, 13000 BTU $68.09 $103.36 $111.99 $107.79 $103.60 $90.57 $79.25 $68.51 $59.68 $48.39 $45.11 $39.65

Central Appalachia
-.7%, 12500 BTU $75.06 $101.89 $127.37 $118.15 $113.67 $102.43 $89.46 $82.34 $70.32 $59.22 $58.69 $58.81
-.7%, 13000 BTU $80.00 $108.61 $135.77 $125.94 $121.18 $109.20 $95.39 $87.81 $75.01 $63.18 $62.62 $62.76
-1.0%, 12500 BTU $70.81 $97.62 $121.38 $114.88 $105.44 $96.57 $85.90 $75.19 $63.36 $55.92 $51.56 $49.89
-1.5%, 12500 BTU $60.95 $84.22 $103.99 $98.94 $94.23 $83.99 $75.10 $66.10 $53.80 $47.77 $44.38 $44.41

Ohio
-4%, 12500 8TU $62.05 $81.22 $89.24 $83.89 $78.73 $72.37 $64.44 $62.17 $54.05 $43.88 $40.93 $36.68

Illinois Basin
-3%, 11000 BTU (IL) $34.05 $51.36 $59.36 $60.92 $58.58 $54.64 $50.12 $42.93 $38.48 $36.27 $35.38 $35.21
-3%, 11000 BTU (KY) $35.90 $53.32 $61.65 $63.38 $61.08 $57.10 $52.49 $45.04 $40.42 $38.12 $37.20 $37.05

Powder River Basin
-.33%, 8400 BTU $12.11 $12.65 $12.61 $12.56 $12.84 $12.25 $11.41 $11.01 $11.00 $10.98 $10.97 $10.90
-.35%, 8800 8TU $14.06 $14.36 $14.26 $14.22 $14.59 $14.01 $13.11 $12.72 $12.75 $12.78 $12.82 $12.82

Uinta Basin
-.5%, 11500 BTU $33.12 $49.54 $68.80 $68.29 $64.28 $52.41 $44.81 $33.89 $27.56 $26.00 $25.34 $25.09

Foreign Coal
-.7%, 12000 BTU $88.57 $117.98 $115.91 $102.50 $89.16 $81.26 $76.83 $70.43 $64.61 $60.19 $57.18 $54.44
-.8%, 11600 8TU $82.66 $114.70 $128.11 $111.67 $104.12 $100.11 $96.22 $89.05 $78.09 $66.65 $54.59 $50.14

Petroleum Coke
-6%/30 HGI, 14000 8TU $56.16 $64.14 $72.60 $66.06 $59.46 $55.04 $55.49 $55.77 $55.53 $49.11 $43.48 $40.44



QCF (QUARTERLY COAL
FORECAST) - 200804
30 Energy, Inc.
BASECAS6

August 2008

Docket No. DE 11-2
Data Request TC01-02-SPO.~

Dated 1111/13
Q-TC-002-SPO2, Page 63 of 68

ANNUAL AVERAGE CONTRA
BASEGASE

Year: 2021 2022
Northern Appalachia
-1.6%, 13000 OTU $47.63 $48.49
-1.8%, 13000 BTU $47.21 $48.07
-2.3%, 13000 BTU $46.59 $47.44

2023 2~≥4 2025 2026” ‘202?’’ 2028 2029 ‘“2030

$49.36 $50.21 $51.07 $51.97 $52.89 $53.79 $54.71 $55.63
$48.93 $49.77 $50.63 $51.52 $52.43 $53.32 $54.23 $55.15
$48.28 $49.12 $49.96 $50.84 $51.74 $52.62 $53.52 $54.42

0
0
0
-~

Central Appalachia
-.7%, 12500 STU
-.7°h, 13000 BTU
-l.0%, 12500 8TU
-1.5%, 12500 BTU

Ohio
-4%, 12500 BTU

Illinois Basin
-3%, 11000 BTU (IL)
-3%, 11000 8TU (KY)

Powder River Basin
-.33%, 8400 BTU
-.35%, 8800 BTU

Uinta Basin
-.5%, 11500 BTU

Foreign Coal
-.7%, 12000 BTU
-.8%, 11600 STU

Petroleum Coke
-6%/30 HGI, 14000 BTU

$73.32 $75.40
$78.27 $80.51
$53.87 $55.18
$53.29 $54.61

$42.48 $43.27

$40.30 $40.81
$42.75 $43.31

$12.61 $12.91
$15.61 $16.01

$29.83 $30.36

$56.50 $57.35
$53.87 $54.69

$40.02 $40.62

$77.80 $80.58 $83.79 $86.85 $89.54 $92.24 $94.97 $97.76
$83.07 $86.06 $89.49 $92.77 $95.65 $98.55 $101.47 $104.46
$56.68 $58.46 $60.49 $62.38 $63.98 $65.59 $67.24 $68.94
$56.11 $57.88 $59.91 $61.80 $63.41 $65.02 $66.66 $68.35

$44.06 $44.85 $45.64 $46.46 $47.31 $48.14 $48.98 $49.82

$41.30 $41.77 $42.25 $42.74 $43.24 $43.72 $44.20 $44.69
$43.87 $44.41 $44.95 $45.51 $46.07 $46.62 $47.17 $47.72

$13.14 $13.34 $13.55 $13.77 $13.99 $14.21 $14.43 $14.65
$16.33 $16.64 $16.96 $17.29 $17.62 $17.96 $18.30 $18.67

$30.89 $31.41 $31.94 $32.49 $33.05 $33.60 $34.16 $34.73

$58.23 $59.14 $60.08 $61.09 $62.14 $63.22 $64.30 $65.36
$55.55 $56.43 $57.34 $58.29 $59.30 $60.33 $61.36 $62.38

$41.28 $41.96 $42.69 $43.47 $44.30 $45.15 $46.01 $46.85
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Docket No. DE 11-250
Data Request TC01-02-SP02

Dated 1/11/13
Q-TC-002-SPO2, Page 54 of 68

QCF (QUARTERLY COAL
FORECAST) - 200804
3D Energy, Inc.
BASECASE

August 2008

ANNUAL AVERAGE CONTRA
BASE CASE

Year: 2021 ~022 2023 2024 ~2~25 2028 2ö2r~ ~028’ ‘2029 2030
Northern Appalachia
-16%, 13000 BTU $36.92 $36.89 $36.85 $36.80 $36.76 $36.73 $36.70 $36.64 $36.59 $36.54
-1.8%, 13000 ETU $36.60 $36.57 $36.53 $36.48 $36.44 $36.42 $36.38 $36.32 $36.27 $36.22
-2.3%, 13000 BTU $36.11 $36.09 $36.05 $36.00 $35.96 $35.94 $35.90 $35.84 $35.79 $35.75

Central Appalachia
-.7%, 12500 BTU $56.83 $57.36 $58.08 $59.06 $60.31 $61.39 $62.12 $62.83 $63.52 $64.21
-.7%, 13000 BTU $60.67 $61.24 $62.02 $63.07 $64.41 $65.57 $66.36 $67.12 $67.87 $68.61
-l.O%, 12500 BTU $41.75 $41.98 $42.32 $42.84 $43.54 $44.09 $44.39 $44.68 $44.97 $45.28
-1.5%, 12500 BTU $41.31 $41.54 $41.89 $42.42 $43.12 $43.68 $44.00 $44.29 $44.59 $44.90

Ohio
-4%, 12500 BTU $32.93 $32.92 $32.90 $32.87 $32.85 $32.84 $32.82 $32.79 $32.76 $32.73

Illinois Basin
3%, 11000 BTU (IL) $31.24 $31.04 $30.83 $30.62 $30.41 $30.21 $30.00 $29.78 $29.57 $29.35

-3%, 11000 BTU (KY) $33.13 $32.95 $32.75 $32.55 $32.35 $32.17 $31.97 $31.76 $31.55 $31.35

Powder River Basin
-.33%, 8400 BTU $9.77 $9.82 $9.81 $9.78 $9.75 $9.73 $9.71 $9.68 $9.65 $9.62
-.35%, 8800 BTU $12.10 $12.18 $12.20 $12.20 $12.21 $12.22 $12.23 $12.23 $12.24 $12.26

Uinta Basin
-.5%, 11500 BTU $23.12 $23.09 $23.06 $23.02 $22.99 $22.96 $22.93 $22.89 $22.85 $22.81

Foreign Coal: Colombia
-.7%, 12000 8TU $43.80 $43.63 $43.48 $43.34 $43.25 $43.18 $43.11 $43.06 $43.01 $42.93

8%, 11600 BTU $41.75 $41.61 $41.47 $41.36 $41.27 $41.20 $41.14 $41.09 $41.04 $40.97

Petroleum Coke
-6%/30 HGI, 14000 BTU $31.02 $30.90 $30.82 $30.76 $30.73 $30.73 $30.74 $30.76 $30.78 $30.77



QCF (QUARTERLY COAL
FORECAST) - 200804
JO Energy, Inc.
HIGH CASE

August 2008

Docket No. DE 11-2
Data Request TCO1-02-SPO2

Dated 1/11113
Q-TC-002-SPO2, Page 55 of 68

ANNUAL AVERAGE SPOT PRICES - NOMINAL DOLLARS PER TC A14
ANNUAL AVERAGE SPOT PRICES - REAL 2008 DOLLARS PER 7 A67
QUARTERLY SPOT PRICES NOMINAL. DOLLARS PER TON A121

2014 2015 2016 2017 2018 2019

$87.55 $82.29 $82.01 $82.72 $83.69 $84.86
$86.64 $81.48 $81.25 $81.97 $82.97 $84.19
$85.28 $80.27 $80.11 $80.84 $81.90 $83.19

ANNUAL AVERAGE SPOT PRICES. NOMINAL DOLLARS PER TON
HIGH CASE

Year: 2007 2008 2009 2010 2011 2012 2013
Northern Appalachia
-1.6%, 13000 STU $46.61 $130.75 $186.80 $166.74 $137.86 $108.77 $96.29
-1.8%, 13000 STU $45.85 $128.06 $183.10 $163.80 $135.49 $107.12 $95.01
-2.3%, 13000 BTU $44.71 $124.03 $177.69 $159.31 $131.94 $104.63 $93.10

Central Appalachia
-.7%, 12500 BTU $46.46 $128.57 $185.30 $163.85 $131.26 $102.12 $92.96 $94.89 $96.99 $99.23 $101.63 $104.07 $106.65
-.7%, 13000 8TU $49.50 $137.01 $197.50 $174.73 $140.22 $109.03 $99.24 $101.29 $103.53 $105.92 $108.48 $111.08 $113.84
-1.0%, 12500 STU $44.33 $125.00 $179.62 $152.84 $110.84 $82.77 $72.73 $71.79 $73.02 $74.52 $76.16 $77.67 $79.18
-1.5%, 12500 BTU $40.72 $110.72 $155.49 $127.41 $100.45 $76.72 $69.21 $69.89 $71.70 $73.47 $75.13 $76.64 $78.23

Ohio
-4%, 12500 BTU $39.19 $96.15 $146.94 $143.94 $119.69 $94.96 $84.53 $77.47 $72.96 $72.84 $73.54 $74.54 $75.75

Illinois Basin
-3%, 11000 BTU (IL) $27.01 $57.55 $83.28 $84.89 $71.53 $70.82 $70.19 $69.75 $69.30 $68.88 $68.45 $68.06 $67.80
-3%, 11000 BTU (KY) $28.91 $59.6S $86.08 $88.92 $75.29 $74.55 $73.96 $73.58 $73.17 $72.79 $72.40 $72.06 $71.84

Powder River Basin
-.33%, 8400 8TU $8.36 $12.43 $15.78 $14.43 $13.89 $14.26 $14.55 $14.99 $15.46 $15.95 $16.66 $17.34 $18.08
-.35%, 8800 STU $9.85 $14.44 $17.18 $15.84 $16.19 $16.88 $17.49 $18.20 $18.88 $19.59 $20.45 $21.28 $22.25

Uinta Basin
-.5%, 11500 8TU $29.93 $65.15 $101.65 $92.01 $81.10 $74.45 $69.14 $64.37 $59.71 $55.52 $56.49 $57.50 $58.55

Foreign Coal
-.7%, 12000 STU $62.03 $148.93 $202.88 $193.86 $125.62 $85.67 $74.99 $75.37 $76.09 $79.48 $81.92 $84.00 $84.96
-.8%, 11600 8TU $57.85 $138.90 $189.28 $181.16 $117.62 $81.38 $70.61 $71.10 $71.99 $75.41 $77.75 $79.77 $80.78

Petroleum Coke
-6%/30 HG!, 14000 BTU $44.90 $78.25 $103.85 $126.98 $93.97 $62.44 $52.90 $53.16 $53.74 $56.21 $57.90 $59.36 $60.08

0
0
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Docket No. DE 11-250
Data Request TC01-02-SPO2

Dated 1/11/13
Q-TC-002-SPO2, Page 56 of 68

QCF (QUARTERLY COAL
FORECAST) - 200804
ID Energy, Inc.
HIGH CASE

August 2008

ANNUAL AVERAGE SPOT PRICES - REAL. 2008 DOLLARS PER TON
HIGH CASE

Year 2007 2008 2009 2010 2011 2012 2013 2014 2015 2016 2017 2018 2019
Northern Appalachia
-1.6%, 13000 BTU $47.57 $130.75 $182.99 $160.30 $129.90 $100.37 $87.11 $77.68 $71.63 $70.05 $69.33 $68.81 $68.41
-1.8%, 13000 BTU $46.79 $128.06 $179.37 $157.43 $127.67 $98.84 $85.96 $76.87 $70.92 $69.40 $68.70 $68.22 $67.87
-2.3%, 13000 BTU $45.62 $124.03 $174.07 $153.16 $124.32 $96.55 $84.22 $75.66 $69.87 $68.42 $67.76 $67.34 $67.06

Central Appalachia
-.7%, 12500 BTU $47.41 $128.57 $181.52 $157.52 $123.68 $94.23 $84.10 $84.19 $84.42 $84.75 $85.18 $85.56 $85.98
-.7%, 13000 STU $50.52 $137.01 $193.47 $167.98 $132.12 $100.60 $89.78 $89.87 $90.11 $90.46 $90.93 $91.34 $91.77
-1,0%, 12500 BTU $45.24 $125.00 $175.96 $146.94 $104.44 $76.38 $65.80 $63.69 $63.56 $63.65 $63.84 $63.87 $63.83
-1.5%, 12500 BTU $41.55 $110.72 $152.32 $122.49 $94.65 $70.79 $62.61 $62.01 $62.40 $62.75 $62.97 $63.01 $63.07

Ohio
-4%, 12500 STU $39.99 $96.15 $143.94 $138.38 $112.78 $87.63 $76.47 $68.73 $63.50 $62.21 $61.64 $61.29 $61.06

Illinois Basin
-3%, 11000 I3TU (IL) $27.56 $57.55 $81.58 $81.61 $67.40 $65.35 $63.49 $61.89 $60.32 $58.83 $57.37 $55.96 $54.66
-3%, 11000 8TU (KY) $29.50 $59.65 $84.32 $85.49 $70.94 $68.79 $66.91 $65.28 $63.69 $62.17 $60.68 $59.24 $57.91

Powder River Basin
-.33%, 8400 BTU $8.53 $12.43 $15.45 $13.87 $13.08 $13.16 $13.16 $13.30 $13.46 $13.62 $13.97 $14.26 $14.58
-.35%, 8800 BTU $10.05 $14.44 $16.83 $15.23 $15.26 $15.58 $15.82 $16.15 $16.43 $16.73 $17.14 $17.50 $17.94

Uinta Basin
-.5%, 11500 BTU $30.54 $65.15 $99.58 $88.46 $76.42 $68.70 $62.55 $57.11 $51.97 $47.42 $47.35 $47.28 $47.20

Foreign Coal: Colombia
-.7%, 12000 BTU $63.30 $148.93 $198.75 $186.38 $118.37 $79.97 $67.84 $66.87 $66.23 $67.88 $68.66 $69.07 $68.49
-.8%, 11600 STU $59.03 $138.90 $185.42 $174.17 $110.83 $75.09 $63.88 $63.08 $62.66 $64.41 $65.17 $65.59 $65.12

Petroleum Coke
-6%/30 HG!, 14000 BTU $45.82 $78.25 $101.73 $122.08 $88.54 $57.61 $47.86 $47.16 $46.77 $48.01 $48.53 $48.81 $48.43
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Docket No. DE 11-2
Data Request TCO1-02-SPO2

Dated 1/1 1113
Q-TC-002-SPO2, Page 57 of 68

QCF (QUARTERLY COAL
FORECAST) - 200804
JD Energy, Inc.
HIGH CASE

August 2008

QUARTERLYSPOT PRICES - NOMINAL DOLLARS PER TON
HIGH CASE

Year: 2008 2009 2010
Quarter: 01 Q2 Q3 Q4 01 02 03 04 QI Q2 03 Q4

Northern Appalachia
-1.6%, 13000 8Th $73.12 $106.83 $168.45 $174.60 $183.25 $186.15 $190.45 $187.35 $182.45 $175.00 $161.15 $148.35
-18%, 13000 8TU $72.02 $104.93 $164.11 $171.20 $179.95 $182.72 $186.56 $183.40 $178.84 $171.65 $158.58 $145.99
-2.3%, 13000 8TU $70.37 $102.07 $157.59 $166.11 $175.01 $177.58 $180.72 $177.47 $173.43 $166.63 $154.72 $142.46

Central Appalachia
-.7%, 12500 BTU $73.73 $102.73 $164.85 $172.95 $181.44 $185.00 $189.40 $185.35 $179.20 $171.10 $159.15 $145.95
-.7%, 13000 BTU $78.58 $109.46 $175.71 $184.31 $193.39 $197.15 $201.91 $197.56 $191.04 $182.37 $169.70 $155.59
-1.0%, 12500 BTU $70.80 $99.55 $161.12 $168.91 $177.14 $179.91 $182.89 $178.00 $170.25 $159.87 $147.10 $133.75
-1.5%, 12500 8TU $65.05 $92.03 $138.26 $146.00 $153.99 $156.46 $157.52 $153.15 $144.05 $132.59 $120.62 $111.68

Ohio
-4%, 12500 8TU $65.68 $80.68 $113.06 $125.17 $134.62 $138.82 $151.10 $163.22 $155.85 $150.44 $140.35 $129.10

Illinois Basin
-3%, 11000 STU (IL) $31.72 $48.45 $72.55 $77.50 $80.20 $82.50 $85.75 $84.65 $85.00 $84.40 $86.00 $84.15
-3%, 11000 BTU (KY) $33.63 $50.43 $74.72 $79.83 $82.55 $85.16 $88.63 $87.97 $88.77 $88.57 $90.09 $88.26

Powder River Basin
-.33%, 8400 8TU $11.57 $11.53 $13.10 $13.50 $14.85 $15.90 $16.35 $16.00 $15.50 $14.40 $14.00 $13.80
-.35%, 8800 8TU $13.73 $13.92 $15.00 $15.10 $16.25 $17.32 $17.68 $17.47 $16.93 $15.82 $15.33 $15.27

Uinta Basin
-.5%, 11500 8TU $34.37 $50.63 $84.25 $91.35 $98.65 $100.45 $104.55 $102.95 $98.30 $94.45 $89.70 $85.60

Foreign Coal
-.7%, 12000 BTU $107.74 $124.32 $178.95 $175.28 $185.59 $193.47 $219.78 $218.91 $226.37 $221.10 $184.51 $142.64
.8%, 11600 BTU $100.50 $115.97 $166.86 $163.45 $173.07 $180.48 $205.08 $204.32 $211.43 $206.58 $172.49 $133.40

Petroleum Coke
-6%/30 HGI, 14000 8TU $53.01 $66.04 $95.18 $98.76 $103.96 $93.27 $103.15 $115.03 $131.66 $141.03 $128.13 $107.09
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Docket No. DE 11-250
Data Request TCO1-02-SPO2

Dated 1/11/13
Q-TC-002-SPO2, Page 58 of 68

QCF (QUARTERLY COAL
FORECAST) - 200804
JO Energy, Inc.
HIGH CASE

August 2008

ANNUAL AVERAGE SPOT F
HIGH CASE

Year: 2020 2021 2022 2023 2024 2025 2020 2027 2028 2029 2030
Northern Appalachia
-1.6%, 13000 BTU $86.22 $88.06 $89.57 $91.14 $92.74 $94.36 $96.04 $97.82 $99.65 $101.52 $103.45
-1.8%, 13000 STU $85.60 $87.30 $88.79 $90.35 $91.93 $93.54 $95.20 $96.97 $98.78 $100.63 $102.55
2.3%, 13000 BTU $84.68 $86.15 $87.62 $89.16 $90.72 $92.31 $93.95 $95.69 $97.48 $99.31 $101.20

Central Appalachia
-.7%, 12500 STU $109.36 $112.00 $114.66 $117.39 $120.15 $122.93 $125.78 $128.75 $131.78 $134.84 $137.96
-.7%, 13000 BTU $116.74 $119.56 $122.42 $125.34 $128.30 $131.29 $134.34 $137.53 $140.77 $144.05 $147.41
-1.0%, 12500 STU $80.91 $82.50 $84.16 $85.77 $87.44 $89.07 $90.65 $92.33 $94.00 $95.71 $97.57
-1.5%, 12500 BTU $79.99 $81.59 $83.27 $84.89 $86.57 $88.20 $89.79 $91.49 $93.17 $94.89 $96.74

Ohio
-4%, 12500 6TU $77.15 $78.52 $79.90 $81.34 $82.81 $84.29 $85.83 $87.47 $89.15 $90.86 $92.63

Illinois Basin
-3%, 11000 BTU (IL) $67.57 $67.22 $66.84 $66.44 $65.96 $65.43 $64.90 $64.40 $63.83 $63.20 $62.57
-3%, 11000 STU (KY) $71.64 $71.33 $70.97 $70.61 $70.16 $69.65 $69.14 $68.66 $68.10 $67.50 $66.88

Powder River Basin
-.33%, 8400 BTU $18.87 $19.71 $20.52 $21.48 $22.40 $23.34 $24.33 $25.37 $26.46 $27.59 $28.78
-.35%, 8800 BTU $23.33 $24.40 $25.40 $26.65 $27.87 $29.15 $30.47 $31.88 $33.35 $34.90 $36.53

Uinta Basin
-.5%, 11500 BTU $59.65 $60.71 $61.76 $62.84 $63.91 $64.98 $66.06 $67.20 $68.34 $69.49 $70.65

Foreign Coal
-.7%, 12000 BTU $86.07 $87.04 $88.07 $88.88 $89.70 $89.51 $89.30 $90.14 $91.05 $92.05 $93.07
-.8%, 11600 STU $81.98 $82.97 $83.96 $84.77 $85.57 $85.42 $85.22 $86.02 $86.89 $87.85 $88.81

Petroleum Coke
-6%/30 HGJ, 14000 BTU $60.96 $61.68 $62.35 $62.96 $63.59 $63.54 $63.48 $64.18 $64.94 $65.80 $66.64



0
0
0

Docket No. DE 11-2
Data Request TCO1-02-SPO2

Dated 1/11/13
Q-TC-002-SPO2, Page 59 of 68

QCF (QUARTERLY COAL
FORECAST) - 200804
3D Energy, Inc.
HIGH CASE

August 2008

ANNUAL AVERAGE SPOT F
HIGH CASE

Year: 2020 2021 2022 2023 2024 2025 2028 2027 2028 2029 2030
Northern Appalachia
-1.6%, 13000 BTU $68.12 $68.26 $68.14 $68.05 $67.97 $67.92 $67.88 $67.87 $67.88 $67.90 $67.95
-1.8%, 13000 STU $67.64 $67.66 $67.55 $67.45 $67.38 $67.33 $67.29 $67.28 $67.28 $67.31 $67.36
-2.3%, 13000 BTU $66.91 $66.77 $66.66 $66.57 $66.49 $66.44 $66.41 $66.39 $66.40 $66.43 $66.47

Cent,~l Appalachia
-.7%, 12500 BTU $86.41 $86.81 $87.23 $87.64 $88.06 $88.48 $88.91 $89.33 $89.76 $90.19 $90.62
-.7%, 13000 STU $92.23 $92.67 $93.13 $93.58 $94.04 $94.50 $94.96 $95.42 $95.88 $96.35 $96.82
-1.0%, 12500 STU $63.93 $63.95 $64.02 $64.04 $64.09 $64.11 $64.07 $64.06 $64.02 $64.02 $64.09
-l.S%, 12500 BTU $63.20 $63.24 $63.35 $63.38 $63.45 $63.49 $63.47 $63.48 $63.46 $63.47 $63.54

Ohio
-4%, 12500 BTU $60.95 $60.86 $60.79 $60.73 $60.69 $60.67 $60.67 $60.69 $60.72 $60.77 $60.85

Illinois Basin
-3%, 11000 BTU (IL) $53.39 $52.11 $50.84 $49.60 $48.34 $47.09 $45.87 $44.68 $43.47 $42.27 $41.10
-3%, 11000 BTU (KY) $56.60 $55.29 $53.99 $52.72 $51.42 $50.13 $48.87 $47.64 $46.39 $45.15 $43.93

Powder River Basin
-.33%, 8400 BTU $14.91 $15.28 $15.61 $16.04 $16.41 $16.80 $17.19 $17.60 $18.02 $18.45 $18.90
-.35%, 8800 BTU $18.43 $18.91 $19.32 $19.90 $20.43 $20.98 $21.54 $22.12 $22.72 $23.34 $24.00

Uinta Basin
-.5%, 11500 8TU $47.13 $47.06 $46.99 $46.91 $46.84 $46.77 $46.70 $46.62 $46.55 $46.48 $46.41

Foreign Coal: Colombia
-.7%, 12000 BTU $68.01 $67.47 $66.99 $66.36 $65.74 $64.43 $63.12 $62.54 $62.02 $61.57 $61.13
-.8%, 11600 STU $64.77 $64.31 $63.87 $63.29 $62.72 $61.48 $60.24 $59.68 $59.18 $58.76 $58.34

Petroleum Coke
-6%130 HGI, 14000 BTU $48.16 $47.81 $47.43 $47.00 $46.61 $45.74 $44.87 $44.53 $44.24 $44.01 $43.77



QCF (QUARTERLY COAL
FORECAST) - 200804
JD Energy, Inc.
LOW CASE

August 2008

Docket No. DE 11-250
Data Request TCO1-02-SPO2

Dated 1/11113
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c~n
ANNUAL AVERAGE SPOT PRICES NOMINAL DOLLARS PER TOl A14
ANf~UAL AVERAGE SPOT PRICES - REAL 2008 DOLLARS PERTC A67
QUARTERLY SPOT PRICES - NOMINAL DOLLARS PER TON A121

ANNUAL AVERAGE SPOT PRICES - NOMINAL DOLLARS PER TON
LOW CASE

Year: 2007 2008 2009 2010 2011 2012 2013 2014 2015 2016 2017 2018 2019
Northern Appalachia
-1.6%, 13000 BTU $46.61 $95.68 $49.48 $30.24 $29.04 $28.91 $28.59 $28.21 $27.99 $27.80 $27.64 $28.83 $28.62
-1.8%, 13000 8TU $45.85 $93.75 $48.52 $29.70 $28.54 $28.47 $28.21 $27.92 $27.71 $27.54 $27.39 $28.58 $28.40
-2.3%, 13000 8TU $44.71 $90.87 $47.09 $28.89 $27.80 $27.81 $27.64 $27.48 $27.30 $27.15 $27.01 $28.21 $28.06

Central Appalachia
-.7%, 12500 BTU $46.46 $93.12 $50.49 $40.76 $39.64 $39.97 $40.54 $41.12 $41.58 $42.11 $42.69 $43.33 $44.01
-.7%, 13000 STU $49.50 $99.23 $53.81 $43.47 $42.34 $42.67 $43.28 $43.89 $44.38 $44.95 $45.57 $46.25 $46.97
-1.0%, 12500 BTU $44.33 $90.53 $48.94 $38.02 $33.47 $32.40 $31.72 $31.11 $31.30 $31.63 $31.99 $32.34 $32.67
-1.5%, 12500 BTU $40.72 $80.19 $42.37 $31.70 $30.34 $30.03 $30.18 $30.28 $30.74 $31.18 $31.56 $31.91 $32.28

Ohio
-4%, 12500 BTU $39.19 $71.60 $38.49 $26.10 $25.21 $25.24 $25.10 $24.96 $24.81 $24.69 $24.57 $25.68 $25.55

Illinois Basin
-3%, 11000 8TU (IL) $27.01 $46.30 $38.53 $29.13 $25.54 $25.47 $25.42 $25.45 $25.48 $25.52 $25.57 $25.63 $25.75
-3%, 11000 BTU (KY) $28.91 $48.07 $39.81 $30.51 $26.88 $26.81 $26.79 $26.85 $26.90 $26.97 $27.04 $27.14 $27.28

Powder River Basin
-.33%, 8400 BTU $8.36 $10.60 $8.68 $8.71 $9.05 $8.82 $8.59 $8.42 $8.32 $8.24 $8.27 $8.30 $8.35
-.35%, 8800 8TU $9.85 $12.51 $10.06 $10.29 $10.55 $10.44 $10.32 $10.23 $10.16 $10.13 $10.15 $10.19 $10.28

Uinta Basin
-.5%, 11500 BTU $29.93 $54.25 $40.67 $21.69 $19.51 $18.97 $18.46 $17.96 $17.49 $17.03 $16.60 $16.18 $15.78

Foreign Coal
-.7%, 12000 8TU $62.03 $107.87 $55.28 $48.23 $37.94 $33.92 $32.70 $32.66 $32.62 $33.73 $34.41 $34.97 $35.06
-.8%, 11600 BTU $57.85 $100.60 $51.57 $45.07 $35.52 $31.85 $30.79 $30.81 $30.86 $32.00 $32.66 $33.21 $33.33

Petroleum Coke
-6%/30 HGI, 14000 BTU $44.90 $57.93 $28.18 $31.56 $28.38 $24.44 $23.07 $23.04 $23.04 $23.85 $24.32 $24.72 $24.79

0
0
0

OD



QCF (QUARTERLY COAL
FORECAST) - 200804
3D Energy, Inc.
LOW CASE

August 2008

Docket No. DE 11-2k
Data Request TCO1-02-SPO2

Dated 1111113
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$36.48 $36.19 $35.97
$38.94 $38.63 $38.39
$27.60 $27.25 $27.01
$26.87 $26.75 $26.63

$22.15 $21.60 $21.09

$22.58 $22.18 $21.80
$23.82 $23.42 $23.04

$7.47 $7.24 $7.04
$9.08 $8.85 $8.65

$15.94 $15.22 $14.55

$28.97 $28.39 $28.81
$27.33 $26.86 $27.33

$20.44 $20.05 $20.37

$35.78 $35.63 $35.48
$38.20 $38.03 $37.87
$26.82 $26.59 $26.34
$26.45 $26.24 $26.02

$20.60 $21.11 $20.59

$21.43 $21.08 $20.76
$22.67 $22.31 $21.99

$6.93 $6.83 $6.73
$8.51 $8.38 $8.28

$13.91 $13.30 $12.72

$28.84 $28.76 $28.26
$27.38 $27.31 $26.87

$20.39 $20.32 $19.99

2014 2015 20113

$25.03 $24.36 $23.74
$24.77 $24.12 $23.52
$24.38 $23.76 $23.19

ANNUAL AVERAGE SPOT PRICES - REAL 2008 DOLLARS PER TON
LOWCASE

Year: 2067 2008 2009 2010 ~O11 2012 ~OI3
Northern Appalachia
-1.6%, 13000 BTU $47.57 $95.68 $48.47 $29.07 $27.37 $26.68 $25.87
-1.8%, 13000 BTU $46.79 $93.75 $47.54 $28.56 $26.90 $26.27 $25.52
-2.3%, 13000 BTU $45.62 $90.87 $46.13 $27.77 $26.19 $25.66 $25.01

Central Appalachia
-.7°!,, 12500 STU $47.41 $93.12 $49.46 $39.19 $37.35 $36.88 $36.67
-.7%, 13000 STU $50.52 $99.23 $52.72 $41.79 $39.90 $39.37 $39.15
-1,0%, 12500 STU $45.24 $90.53 $47.94 $36.56 $31.54 $29.89 $28.69
-1.5°I~, 12500 BTU $41.55 $80.19 $41.50 $30.47 $28.58 $27.71 $27.30

Ohio
-4%, 12500 BTU $39.99 $71.60 $37.71 $25.09 $23.76 $23.29 $22.71

Illinois Basin
-3%, 11000 BTU (IL) $27.56 $46.30 $37.74 $28.00 $24.07 $23.50 $23.00
-3%, 11000 8TU (KY) $29.50 $48.07 $39.00 $29.33 $25.33 $24.73 $24.24

Powder River Basin
-.33%, 8400 STU $8.53 $10.60 $8.50 $8.38 $8.52 $8.14 $7.77
-.35%, 8800 OTU $10.05 $12.51 $9.85 $9.89 $9.94 $9.63 $9.34

Uinta Basin
-.5%, 11500 BTU $30.54 $54.25 $39.84 $20.85 $18.38 $17.51 $16.70

Foreign Coal: Colombia
-.7%, 12000 BTU $63.30 $107.87 $54.15 $46.37 $35.75 $31.30 $29.58
-.8%, 11600 8TU $59.03 $100.60 $50.52 $43.33 $33.47 $29.39 $27.86

Petroleum Coke
-6%/30 HGI, 14000 BTU $45.82 $57.93 $27.61 $30.35 $26.74 $22.55 $20.87

2017 2018 2019

$23.17 $23.70 $23.07
$22.96 $23.50 $22.89
$22.64 $23.19 $22.62

C
C
C
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QCF (QUARTERLY COAL
FORECAST) - 200804
3D Energy, Inc.
LOW CASE

August 2008

QUARTERLYSPOTPRICES - NOMINAL DOLLARS PER TON
LOW CASE

Year: 2008 2009 2010
Quarter: QI Q2 Q3 Q4 QI Q2 Q3 Q4 QI Q2 03 04

Northern Appalachia
-l.S%, 13000 STU $73.12 $106.83 $116.20 $86.55 $62.40 $51.70 $44.15 $39.65 $34.20 $31.05 $28.70 $27.00
-1.8%, 13000 BTU $72.02 $104.93 $113.20 $84.87 $61.28 $50.75 $43.25 $38.81 $33.52 $30.46 $28.24 $26.57
-2.3%, 13000 BTU $70.37 $102.07 $108.71 $82.34 $59.59 $49.32 $41.89 $37.56 $32.51 $29.56 $27.56 $25.93

Cenfral Appalachia
-.7%, 12500 STU $73.73 $102.73 $113.55 $82.45 $59.95 $53.65 $46.15 $42.20 $41.00 $40.40 $41.00 $40.65
-.7%, 13000 BTU $78.58 $109.46 $121.03 $87.86 $63.90 $57.17 $49.20 $44.98 $43.71 $43.06 $43.72 $43.34
-1.0%, 12500 BTU $70.80 $99.55 $110.98 $80.52 $58.53 $52.17 $44.56 $40.53 $38.95 $37.75 $37.89 $37.25
4,5%, 12500 BTU $65.05 $92.03 $95.23 $69.60 $50.88 $45.37 $38.38 $34.87 $32.96 $31.31 $31.07 $31.10

Ohio
-4%, 12500 STU $65.68 $80.68 $77.99 $62.05 $45.84 $38.55 $35.03 $34.54 $29.21 $26.69 $25.00 $23.50

Illinois Basin
-3%, 11000 BTU (IL) $31.72 $48.45 $55.70 $49.35 $42.80 $38.80 $37.50 $35.00 $32.00 $30.00 $28.00 $26.50
-3%, 11000 BTU (KY) $33.63 $50.43 $57.37 $50.83 $44.05 $40.05 $38.76 $36.37 $33.42 $31.48 $29.33 $27.80

Powder River Basin
-.33%, 8400 BTU $11.57 $11.53 $10.10 $9.20 $8.90 $8.80 $8.60 $8.40 $8.50 $8.40 $9.00 $8.95
-.35%, 8800 BTU $13.73 $13.92 $11.58 $10.82 $10.22 $10.22 $9.93 $9.87 $10.00 $9.95 $10.60 $10.60

Uinta Basin
-.S%, 11500 BTU $34.37 $50.63 $69.40 $62.60 $55.35 $46.55 $35.70 $28.45 $24.95 $22.45 $21.85 $21.00

Foreign Coal
-.7%, 12000 BTU $107.74 $124.32 $123.27 $83.56 $61.32 $56.11 $53.55 $49.84 $51.79 $52.21 $47.53 $39.73
.8%, 11600 BTU $100.50 $115.97 $114.93 $77.92 $57.19 $52.34 $49.97 $46.52 $48.37 $48.78 $44.44 $37.15

Petroleum Coke
-6%/30 HGI, 14000 STU $53.01 $66.04 $65.56 $47.08 $34.35 $27.05 $25.13 $26.19 $30.12 $33.30 $33.01 $29.83



QCF (QUARTERLY COAL
FORECAST) - 200804
3D Energy, Inc.
LOW CASE

August 2008
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$44.70
$47.72
$33.07
$32.70

$25.43

$25.88
$27.44

$8.42
$10.41

$15.39

$35.18
$33.51

$24.92

$45.35 $45.99
$48.41 $49.10
$33.40 $33.76
$33.04 $33.40

$25.28 $25.12

$25.98 $26.06
$27.56 $27.68

$8.49 $8.53
$10.50 $10.56

$15.02 $14.67

$35.24 $35.32
$33.59 $33.68

$24.97 $25.01

$51.60 $52.55
$55.13 $56.14
$36.63 $37.16
$36.31 $36.84

$23.98 $23.81

$26.46 $26.49
$28.25 $28.31

$8.55 $8.56
$10.82 $10.87

$12.55 $12.30

$35.23 $35.45
$33.62 $33.83

$25.18 $25.38

ANNUAL AVERAGE SPOT PRi~
LOWCASE

Year: 2020
Northern Appalachia
-1.6%, 13000 STU $28.42
-1.8%, 13000 STU $28.22
-2.3%, 13000 BTU $27.91

2021 2022

$28.36 $28.16
$28.11 $27.92
$27.74 $27.55

2029 2030

$26.79 $26.59
$26.56 $26.36
$26.21 $26.01

Central Appalachia
-.7%, 12500 STU
-.7%, 13000 BTU
-1.0%, 12500 BTU
-1.5%, 12500 BTU

Ohio
-4%, 12500 BTU

illinois Basin
-3%, 11000 STU (IL)
-3%, 11000 BTU (KY)

Powder River Basin
-.33%, 8400 BTU
-.35%, 8800 8TU

Uinfa Basin
-.5%, 11500 BTU

Foreign Coal
-.7%, 12000 ETU
-.8%, 11600 BTU

Petroleum Coke
-6%/30 HGI, 14000 BTU

2023 2024 2025 2026 2027 2028

$27.97 $27.78 $27.57 $27.37 $27.18 $26.99
$27.73 $27.54 $27.33 $27.13 $26.94 $26.75
$27.36 $27.17 $26.97 $26.77 $26.59 $26.40

$46.65 $47.31 $47.95 $48.83 $49.75 $50.67
$49.81 $50.52 $51.21 $52.15 $53.13 $54.13
$34.09 $34.43 $34.74 $35.19 $35.67 $36.14
$33.74 $34.08 $34.40 $34.86 $35.35 $35.82

$24.97 $24.80 $24.63 $24.46 $24.30 $24.14

$26.15 $26.21 $26.26 $26.31 $26.38 $26.42
$27.79 $27.88 $27.95 $28.03 $28.12 $28.20

$8.54 $8.54 $8.54 $8.54 $8.54 $8.55
$10.60 $10.63 $10.66 $10.69 $10.73 $10.77

$14.33 $14.00 $13.69 $13.39 $13.10 $12.82

$35.32 $35.32 $34.91 $34.67 $34.83 $35.01
$33.69 $33.69 $33.32 $33.08 $33.24 $33.41

$25.02 $25.04 $24.79 $24.64 $24.80 $24.97



QCF (QUARTERLY COAL
FORECAST) - 200804
3D Energy, Inc.
LOW CASE

August 2008

ANNUAL AVERAGE SPOT PRI

Docket No. DE 11-2’
Data Request TCO 1-02-SF

Dated 1/11/13
Q-TC-002-SPO2, Page 64 of 68

LOWCASE
Year: 2020 2021 2022 2023 2024 2021/ 2028 2027 2028 2029 2030

Northern Appalachia
-1.6%, 13000 BTU $22.45 $21.98 $21.42 $20.88 $20.36 $19.85 $19.35 $18.86 $18.38 $17.92 $17.47
-1,8%, 13000 BTU $22.29 $21.79 $21.24 $20.70 $20.18 $19.67 $19.18 $18.69 $18.22 $17.76 $17.32
-2.3%, 13000 STU $22.05 $21.50 $20.96 $20.43 $19.92 $19.41 $18.92 $18.45 $17.98 $17.53 $17.09

Central Appalachia
-.7%, 12500 BTU $35.32 $35.15 $34.99 $34.83 $34.67 $34.51 $34.51 $34.51 $34.51 $34.51 $34.S1
-.7%, 13000 STU $37.70 $37.52 $37.35 $37.19 $37.02 $36.86 $36.86 $36.87 $36.87 $36.87 $36.88
-1.0%, 12500 BTU $26.13 $25.89 $25.68 $25.45 $25.23 $25.01 $24.87 $24.75 $24.62 $24.50 $24.41
-1.5%, 12500 BTU $25.83 $25.61 $25.41 $25.19 $24.98 $24.76 $24.64 $24.53 $24.40 $24.29 $24.20

Ohio
-4%, 12500 BTU $20.09 $19.60 $19.11 $18.64 $18.18 $17.73 $17.29 $16.86 $16.44 $16.04 $15.64

Illinois Basin
-3%, 11000 STU (IL) $20.45 $20.14 $19.83 $19.52 $19.21 $18.90 $18.60 $18.30 $18.00 $17.70 $17.40
-3%, 11000 OTU (KY) $21.68 $21.37 $21.05 $20.75 $20.43 $20.12 $19.81 $19.51 $19.21 $18.90 $18.60

Powder River Basin
.,33%, 8400 BTU $6.65 $6.58 $6.49 $6.38 $6.26 $6.15 $6.03 $5.93 $5.82 $5.72 $5.62
-.35%, 8800 STU $8.22 $8.14 $8.04 $7.91 $7.79 $7.68 $7.56 $7.45 $7.34 $7.23 $7.14

Uinfa Basin
-.5%, 11500 BTU $12.16 $11.64 $11.16 $10.70 $10.26 $9.85 $9.46 $9.09 $8.73 $8.40 $8.08

Foreign Coal: Colombia
-.7%, 12000 8TU $27.80 $27.32 $26.87 $26.37 $25.88 $25.13 $24.50 $24.16 $23.85 $23.56 $23.28
-.8%, 11600 STU $26.48 $26.04 $25.62 $25.15 $24.69 $23.98 $23.38 $23.06 $22.76 $22.49 $22.22

Petroleum Coke
-6%/30 HGI, 14000 BTU $19.69 $19.36 $19.03 $18.68 $18.35 $17.84 $17.42 $17.20 $17.01 $16.84 $16.67
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ANNUAL AVERAGE SPOT PRICES - NONXNAL DOLLARS PER TO~ A14
ANNUAL AVERAGE SPOy PRIcEs -REAL 2008 bOLLARS PER T( A67

ANNUAL AVERAGE SPOT PRICES - NOMINAL DOLLARS PER TON
BLlN~SS-f~S-!JSUAL CASE

Year:~ 2007 2008 - 2009 2010 2011 2012 2013 2014 2015~~ ~2016 2017~ 2018 2019
Northern Appalachia
-1.6%, 13000 BTU $46.61 $109.29 $100.38 $56.06 $41.01 $42.71 $44.22 $44.53 $45.07 $45.62 $46.23 $46.84 $47.55
-1.8%, 13000 BTU $45.85 $107.07 $98.45 $55.05 $40.30 $42.10 $43.69 $44.11 $44.67 $45.24 $45.85 $46.48 $47.21
-2.3%, 13000 BTU $44.71 $103.75 $95.54 $53.54 $39.25 $41.18 $42.90 $43.49 $44.07 $44.67 $45.28 $45.94 $46.70

Central Appalachia
-.7%, 12500 STU $46.46 $108.30 $105.04 $64.73 $55.26 $59.43 $61.64 $64.04 $65.55 $64.91 $65.34 $66.08 $67.80
-.7%, 13000 STU $49.50 $115.41 $111.96 $69.02 $59.03 $63.45 $61.64 $68.36 $69.97 $69.28 $69.75 $70.53 $72.38
-1.0%, 12500 BTU $44.33 $105.29 $101.83 $60.38 $47.70 $48.47 $50.82 $48.96 $49.32 $48.72 $48.94 $49.31 $50.32
-1.5%, 12500 6TU $40.72 $93.27 $88.15 $50.33 $42.29 $44.65 $45.89 $47.17 $48.45 $48.05 $48.30 $48.67 $49.73

Ohio
-4%, 12500 STU $39.19 $81.14 $78.23 $48.35 $35.60 $37.37 $38.95 $39.51 $40.06 $40.62 $41.19 $41.81 $42.52

Illinois Basin
-3%, 11000 STU (IL) $27.01 $50.75 $54.48 $38.12 $34.09 $34.16 $34.32 $34.61 $34.92 $35.26 $35.59 $35.93 $36.28
~3%, 11000 BTU (KY) $28.91 $52.65 $56.29 $39.93 $35.87 $35.94 $36.15 $36.49 $36.85 $37.25 $37.62 $38.01 $38.41

Powder River Basin
-.33%, 8400 BTU $8.36 $11.77 $11.99 $11.08 $10.99 $11.00 $10.96 $11.00 $11.09 $11.17 $11.37 $11.54 $11.74
-.35%, 8800 BTU $9.85 $13.78 $13.40 $12.50 $12.84 $12.98 $13.11 $13.26 $13.43 $13.61 $13.85 $14.07 $14.36

Uinta Basin
-.5%, 11500 STU $29.93 $59.78 $54.61 $27.08 $25.68 $24.64 $25.00 $25.40 $25.79 $26.20 $26.61 $27.05 $27.57

Foreign Coal
-.7%, 12000 STU $62.03 $125.45 $115.01 $76.58 $54.06 $50.75 $52.40 $51.40 $51.40 $51.96 $52.64 $53.33 $53.99
-.8%, 11600 BTU $57.85 $117.00 $107.30 $71.56 $50.62 $47.66 $49.34 $48.49 $48.63 $49.30 $49.97 $50.64 $51.33

Petroleum Coke
-6%/30 HGI, 14000 BTU $44.90 $66.62 $58.65 $50.02 $40.44 $36.56 $36.96 $36.26 $36.30 $36.75 $37.21 $37.68 $38.18
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QCF (QUARTERLY COAL
FORECAST) - 200804
3D Energy, Inc.
BUS!NESS-AS-USUAL CASE~

August 2008

ANNUAL AVERAGE SPOT PRICES - REAL 2008 DOLLARS PER TON
BUSINESS-~,AS-USUAL CASE

Year: 2007 2008 2009 2010 2011 2012 2013 2014 2015 2016 2017 2018 2019
Northern Appalachia
4.6%, 13000 BTU $47.57 $109.29 $98.34 $53.89 $38.64 $39.41 $40.01 $39.51 $39.22 $38.97 $38.75 $38.52 $38.33
-1.8%, 13000 BTU $46.79 $107.07 $96.44 $52.92 $37.98 $38.84 $39.53 $39.14 $38.88 $38.64 $38.43 $38.22 $38.06
-2.3%, 13000 BTU $45.62 $103.75 $93.59 $51.47 $36.98 $38.00 $38.81 $38.58 $38.36 $38.15 $37.95 $37.77 $37.64

Central Appalachia
-7%, 12500 BTU $47.41 $108.30 $102.90 $62.23 $52.07 $54.84 $55.76 $56.82 $57.05 $55.44 $54.77 $54.33 $54.66
-.7%, 13000 BTU $50.52 $115.41 $109.68 $66.36 $55.62 $58.55 $55.76 $60.65 $60.90 $59.17 $58.46 $57.99 $58.35
-1.0%, 12500 BTU $45.24 $105.29 $99.75 $58.05 $44.94 $44.73 $45.98 $43.44 $42.93 $41.61 $41.03 $40.54 $40.56
-1.5%, 12500 ETU $41.55 $93.27 $86.35 $48.39 $39.85 $41.20 $41.51 $41.85 $42.17 $41.04 $40.48 $40.02 $40.09

Ohio
-4%, 12500 BTU $39.99 $81.14 $76.63 $46.49 $33.55 $34.49 $35.24 $35.05 $34.86 $34.69 $34.53 $34.38 $34.28

Illinois Basin
-3%, 11000 BTU (IL) $27.56 $50.75 $53.37 $36.65 $32.13 $31.52 $31.05 $30.71 $30.40 $30.12 $29.83 $29.54 $29.25
-3%, 11000 ETU (KY) $29.50 $52.65 $55.14 $38.38 $33.80 $33.17 $32.70 $32.38 $32.07 $31.81 $31.53 $31.25 $30.96

Powder River Basin
-.33%, 8400 BTU $8.53 $11.77 $11.75 $10.66 $10.36 $10.15 $9.92 $9.76 $9.65 $9.54 $9.53 $9.49 $9.46
.35%, 8800 ETU $10.05 $13.78 $13.12 $12.01 $12.10 $11.98 $11.86 $11.76 $11.69 $11.63 $11.61 $11.57 $11.58

Uinta Basin
-.5%, 11500 BTU $30.54 $59.78 $53.50 $26.03 $24.20 $22.74 $22.62 $22.54 $22.45 $22.38 $22.30 $22.24 $22.22

Foreign Coal: Colombia
-.7%, 12000 ETU $63.30 $125.45 $112.67 $73.63 $50.94 $46.83 $47.40 $45.61 $44.74 $44.38 $44.13 $43.85 $43.52
~ 11600 BTU $59.03 $117.00 $105.11 $68.80 $47.69 $43.97 $44.63 $43.02 $42.32 $42.11 $41.88 $41.64 $41.38

Petroleum Coke
-6%/30 HGI, 14000 STU $45.82 $66.62 $57.46 $48.09 $38.10 $33.74 $33.44 $32.17 $31.59 $31.39 $31.19 $30.98 $30.78
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ANNUAL AVERAGE SPOT F
BUStNESS-~S-UStiAL CASE

Year: 2020
Northern Appalachia
-1.6%, 13000 8Th $48.29
-1.8%, 13000 BTU $47.98
-2.3%, 13000 BTU $47.51

2021 ~, 2022 •~ 2023 2024 202S~

$47.90 $48.63 $49.41 $50.14 $50.85
$47.49 $48.21 $48.98 $49.70 $50.41
$46.86 $47.58 $48.33 $49.05 $49.74

2026 2027~ 2028 p029 203Q~

$51.60 $52.40 $53.17 $53.93 $54.70
$51.15 $51.94 $52.71 $53.46 $54.23
$50.47 $51.26 $52.01 $52.75 $53.51

Central Appalachia
-.7%, 12500 STU
-.7%, 13000 8TU
-1.0%, 12500 ETU
-1.5%, 12500 8TU

Ohio
-4%, 12500 STU

Illinois Basin
-3%, 11000 STU (IL)
-3%, 11000 ETU (KY)

Powder River Basin
-.33%, 8400 BTU
-.35%, 8800 STU

Ulnia Basin
-.5%, 11500 BTU

Foreign Coal
-.7%, 12000 BTU
-.8%, 11600 BTU

Petroleum Coke
-6%/30 HGI, 14000 BTU

$69.46 $70.43 $71.38 $73.35 $75.37 $78.29 $81.40 $83.78 $86.17 $88.54 $90.90
$74.15 $75.18 $76.21 $78.31 $80.48 $83.61 $86.94 $89.49 $92.05 $94.59 $97.13
$51.38 $51.87 $52.39 $53.60 $54.86 $56.73 $58.68 $60.09 $61.47 $62.86 $64.29
$50.81 $51.31 $51.84 $53.04 $54.30 $56.18 $58.12 $59.53 $60.92 $62.31 $63.74

$43.28 $42.71 $43.38 $44.09 $44.77 $45.42 $46.11 $46.85 $47.57 $48.27 $48.98

$36.68 $37.04 $37.42 $37.81 $38.19 $38.60 $39.00 $39.40 $39.78 $40.17 $40.58
$38.85 $39.27 $39.70 $40.14 $40.58 $41.04 $41.50 $41.96 $42.40 $42.84 $43.32

$11.94 $12.11 $12.24 $12.41 $12.54 $12.67 $12.81 $12.96 $13.10 $13.23 $13.38
$14.69 $14.97 $15.19 $15.45 $15.68 $15.91 $16.15 $16.41 $16.66 $16.91 $17.17

$28.11 $28.62 $29.12 $29.65 $30.16 $30.66 $31.18 $31.73 $32.27 $32.80 $33.34

$54.66 $54.73 $54.82 $55.54 $56.27 $57.02 $57.81 $58.66 $59.55 $60.46 $61.33
$52.06 $52.17 $52.27 $52.97 $53.68 $54.41 $55.17 $55.98 $56.83 $57.70 $58.52

$38.71 $38.78 $38.81 $39.34 $39.90 $40.48 $41.09 $41.77 $42.48 $43.22 $43.91
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Year: - 2020
Northern Appalachia
-1.6%, 13000 BTU $38.15
-1.8%, 13000 BTU $37.91
-2.3%, 13000 STU $37.53
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Central Appalachia
-.7%, 12500 BTU
-.7%, 13000 BTU
-1.0%, 12500 BTU
-1.5%, 12500 BTU

Ohio
-4%, 12500 BTU

Illinois Basin
-3%, 11000 STU (IL)
-3%, 11000 STU (KY)

Powder River Basin
- .33%, 8400 BTU
-.35%, 8800 STU

Uinta Basin
-.5%, 11500 BTU

Foreign Coal: Colombia
-.7%, 12000 BTU
-.8%, 11600 STU

Petroleum Coke
-6%/30 HGI, 14000 BTU

2021 - 2022

$37.13 $37.00
$36.81 $36.68
$36.32 $36.19

$54.59 $54.30
$58.28 $57.97
$40.21 $39.86
$39.77 $39.43

$33.11 $33.00

$28.71 $28.46
$30.44 $30.20

$9.39 $9.31
$11.60 $11.55

$22.18 $22.15

$42.42 $41.71
$40.44 $39.76

$30.06 $29.53

$5488
$58.58
$40.59
$40.14

$34.19

$28.98
$30.70

$9.43
$11.61

$22.21

$43.18
$41.13

$30.58

2023

$36.89
$36.57
$36.08

$54.76
$58.47
$40.01
$39.60

$32.92

$28.23
$29.97

$9.26
$11.53

$22.14

$41.46
$39.55

$29.37

2024 2025 2026

$36.75 $36.60 $36.47
$36.43 $36.28 $36.15
$35.95 $35.80 $35.68

$55.24 $56.35 $57.54
$58.98 $60.18 $61.45
$40.20 $40.83 $41.47
$39.80 $40.43 $41.08

$32.81 $32.70 $32.59

$27.99 $27.78 $27.57
$29.74 $29.54 $29.33

$9.19 $9.12 $9.05
$11.49 $11.45 $11.41

$22.10 $22.07 $22.04

$41.24 $41.04 $40.86
$39.35 $39.16 $38.99

$29.24 $29.13 $29.04

2027’ 202$

$36.35 $36.22
$36.04 $35.90
$35.56 $3543

$58.13 $58.69
$62.09 $62.70
$41.69 $41.87
$41.31 $41.50

$32.51 $32.40

$27.34 $27.10
$29.11 $28.88

$8.99 $8.92
$11.38 $11.35

$22.01 $21.98

$40.70 $40.56
$38.84 $38.71

$28.98 $28.93

2029

$36.07
$35.76
$35.29

$59.22
$63.27
$42.05
$41.68

$32.28

$26.87
$28.66

$8.85
$11.31

$21.94

$40.44
$38.59

$28.91

2030

$35.93
$35.62
$35.15

$59.71
$63.80
$42.23
$41.87

$32.18

$26.65
$28.45

$8.79
$11.28

$21.90

$40.28
$38.44

$28.84
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1. Executive Summary

A. Background to Report

This 2007 Avoided-Energy-Supply-Component (AESC) report provides projectiQns of
marginal energy supply costs which will be avoided due to savings in electricity, natural
gas, and other fuels resulting from energy efficiency programs offered to customers
throughout New England. These projections were developed in order to support energy
efficiency program decision-making and regulatory filings during 2008 and 2009. The
prograrnadministrators will use these projections in their efficiency program decision- -

making and regulatory filings in 2008 and 2009.

The 2007 AESC Study updates the 2005 AESC Study to reflect current market conditions
and cost projections. The report provides detailed projections for an initial fifteen year
period beginning in 2007 and escalation rates for another fifteen years from 2022 through
2037. All values are reported in 2007$ unless noted otherwise.

The 2007 AESC Study was sponsored by a group of electric utilities, gas utilities and
other efficiency program administrators (collectively, “program administrators”). The
sponsors, along with non-utility parties and their consultants, formed a 2007 AESC Study
Group tb oversee the design and execution of the report. The 2007 AESC sponsors
include Berkshire Gas Company, KeySpan Energy Delivery New England (Boston Gas
Company, Essex Gas Company, Colonial Gas Company, and EnergyNorth Natural Gas,
Inc.), Cape Light Compact, National Grid USA, New England Gas Company, NSTAR
Electric & Gas Company, New Hampshire Electric Co-op, Bay State Gas and Northern
Utilities, Northeast Utilities (Connecticut Light and Power, Western Massachusetts
Electric Company, Public Service Company of New Hampshire, and Yankee Gas), Unitil
(Fitchburg Gas and Electric Light Company and Unitil Energy Systems, Inc.), United
Illuminating, Southern Connecticut Gas dnd Connecticut Natural Gas, the State of Maine,
and the State of Vermont, The following agencies or organizations are represented in the
Study Group: Connecticut Energy Conservation Management Board, Massa~chusetts
Department of Public Utilities, Massachusetts Division of Energy Resources,
Massachusetts Low-Income Energy Affordability N~twork (LEAN) add other Non-
Utility Parties, New Hampshire Public Utilities Commission, and Rhode Island Division
of Public Utilities and Carriers.

The 2007 AESC Study Group specified the scdpe of work, selected the contractor, and
monitored progress of the study. The report was prepared by a project team consisting of
contractors from Synapse Energy Economics (Synapse), Swanson Energy Group and
Resource Insight (Synapse project team). Carl Swanson led the analysis of avoided natural
gas costs and David White was lead investigator on projections of prices of oil and other
fuels, Michael Drunsic was responsible for projecting electricity prices with advice from
Bruce Biewald, Paul Chernick and David White. Doug Hurley provided advice on the
structure and operation of the New England market, including I~AP and LICAP issues.

Synapse Energy Economics — 2007 AESC i-I
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Paul Chernickdeveloped zonal avoided eledtrio’óosts by costing period~,i~ieludihg ~nalyse~
of ORIPE. Brute Biewald, Paul Chërniok, ~iid ~ucy Johnst6ndeveloped5estii~iat~s,of
environmental externalities. Jennifer Kallay provided rese~rph and andlytie $port
including data collection, literature searches, spreadsh~et analyses, documentation, and
diafting Rick I-Iornby served as proje9t mahàger and editOr The Synapse project team
preser~ted its analyses and projections to the 2007 AESC Study Group in nine ~bstantive
analyses, each of which was ieviewed in a 6~nference call I

r

B Orgarnzationof Report

The re~port provides detailed projections of marginal energy supply costs ~for an initiaj
fifteen year period beginning in 2007 dnd escalation rates foi another fifteen years from
2022 through 2037. All value~ are repoit~d in 2007$’unle~ t~otôd p~herc~is~.

4;

The report is organized as follows:

• Chapter 2 proj ec~ion of n~tura1 gas prices fdr electric generation as v~éll~as a
projection of’ avoided natural ~as co~±~by retail end-use sector.

• Chapter 3 - projection of crude oil prices

~ Chapter 4- proJe~tion o~flièl~rioes by’retail e~d-~e seCtO~.
• Chapter 5~- projection of e1e~t~k energy prices and a description bf the modeling

S m~thodology ahd assumptions. S S S

• Chapter 6 - projection ~f avoided electricity costs and a description of the
iinderl~iing assumptions. S S

• Chapter 7 - projection of environmental effects and environmental externalities.

• Appendix A — derivation of comrnoi-i ii~ode1ing assumption~. S S

• Appendix 1~ — avoided gas costs in 2007$ and nominal$, ~S

• Appendix C detailed input assum~tiofls for electrid éñergy price forecasts.

• Appendix E’ — usage guide for avoided electricity supply costs.

• Appendix E — avoided electricity supply costs in 2007$ and nominal$.

C. Results and Comparison to 2005 AESC

Avoided Costs of Natural Gas to Retail 5Cu~torners S

The 2007 AESC projections of margin~l natural5 gas sup~ly Costs to re~tail cu~tàh-iers oVer
the next fifteen years range from $8.00 to $12.00 per dekatherm (DT) (2007$). The 2007
AESC projections are generally higher than the 2005 AESC projections, shown in

Synapse Energy Economics — 2007 AESC S 1-2
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Exhibit ES-i1. Exceptions to these generally higher results occur in commercial/industrial
non-heating applications in Southern New England and Vermont.

The differences between the 2007 AESC projections and the 2005 AESC projections are
primarily due to a higher projection for natural gas prices, discussed further below. in
addition, AESC 2007 projects a higher avoided retail margin for residential applications,
especially in Northern & Central New England, compared with AESC 2005. The lower
projection of avoided cost in AESC 2007 for commercial and industrial non-heating,
applications in Southern New England is primarily due to a lower projection of avoided.
retail margin for that application. The AESC 2007 projection is based upon a volume
weighted average of the estimated avoided margins for the industrial and the commercial
sectors respectively, while the AESC 2005 projection is based only on the estimated
avoided commercial retail margin. This difference in methodology also appears to
explain the lower AESC 2007 estimates of commercial and industrial non-heating
avoided costs in Vermont.

2007 AESC values levelized for 15 years (2008 - 2022) at discount rate of 2.22%. 2005 AESC values
levelized for 15 years (200.6.- 2020) at discount rate of 2.03%.

Synapse Energy Economics — 2007 AESC 1-3
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0
0

C,)
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Synapse Energy Economics —2007 AESC V . V 1-4

Northern.&Central New.
Enqiand
AESC,2005.(a) •. . .:

AESC~V2007.VVV V .

~$i0.60.:

200&to 2007 chan~e~.
~$12.03~..

~-.~13.5%~

~$10.50: I ~‘ $10;42:-.L:$10:50”
— I - -

AESO~005:(a).:~ VV’V

~. ~$1i-.85 -$1 0.86-I’-. $11-:56;.
:.12~8% V.IH-..4~%~V I

AESC. 2007 ~V V• V~ VV.. VV.V V V

•V~V$949V~.

‘V...

2005 to 2007Schande-:V- V~• V~ V

V~ $9.78.—’ V

$1 0~78~.
:~$1.2.55:V:-..

.,.30%V.V

‘. -153%::
~S’f2~32::,

V~$1066V~.I~V$1O~78V.

Vermont’-. V V V s- V V :V V

V i4.3%~

Exhibit ES-i. Comparison of Levelized Avoided Costs of Gas DeIivered~to Retail Customers by End Use: AESC 2005 and
AESC 2007 ~2007$fJJekatherm) : - - -

_______-, RESIDENTIAL - - COMMERCIAL & INDUSTRIAL ALL: -

- - Existing New Hot Non - , RETAiLS- -~

Heating - Heating Water- - All. - I-~eating Heating All- -

- _______________________ 3-man. 5-mon. annual ~-6-nion. -‘ ahnual 5-mon: 6-mon. 5-thön.’ -

- ______________________ ________ _________________________ - ________ $9.58 $9.53 $10.07-
- - -$10.78- $10~48 — $11:27

- 12.6% 9.9% - -11.9%: - -- -

- - Southern New Enq land - - - ‘ - :, - ,,- - - - - -

______________________ ________ ________ ________________ ________ _______ _______ I $10~14~_________________________ _________ _________ __________________ _________ ________ ________ - Ls1t18-

- I --10.3°k~

AESC 2005 (a) - - $9.78 ~$9.70’ - $9.62 I $9.70 $8.53 - $&62 - $8.57 - -$9:20 - - :~-

______________________ ________ ________ ________________ ~-$8.00 :-$9~i9 - - $8.84 - $9.95--

- - - , : ~ 67% - - 3.1% - ‘“ 82%~’ ~

- Source of AESC 2005 levelized retafl avoided àosts is Exhibit ES-3, page 5, fori5 years levelized. - - V -.

(a) F’actortoconvert20O5$~to2007$ 1.0547 - - -- , - - -- - -

Note: AESC 2005 levelized costs for 1&years, 2005- 2019. AESC 2007 Ievelized-co~tsfori6 years, 2007- 2021 -- , :

,:,V$i-1~:15 V~ V. V$1 •~ -: 97.
V::~ $9~30~V-~

AESC~2007V~, .: :V~ VV:V V V V V V V V V

2005. to 2007 change V

45%. ~.--l-~ V 1V1~1V%~.

~.:V $9.42-,.
r.-~$912,~.:

-~..V$i144V~:

,: i7~O%

$936

.‘~-

V~.$10.29V:V’

:~-,~‘$1.j.;2Q:-
V::Vi5~V4%

.-92%~.
:,:.$9;94:’:-

.: 6:2%.

~$i0.01V~
V41%V V -~11’8%



Avoided Costs of Electricity to Retail Customers

The 2007 AESC projections of marginal electric energy and capacity costs to retail
customers are substantially higher than those in the 2005 AESC Study. The 15 year
levelized projections2 of marginal electric energy costs from the 2005 and 2007 AESC
studies are shown in Exhibit ES-2.

2 2007 AESC values and AESC 2005 values levelized for 15 years (2008 -2022) at disoount rate of

2.22%.

Synapse Energy Economics — 2007 AESC 1-5
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Exhibit ES-2 15 Year Levelized Avoided Electric Energy Costs - AESC 2005 Vs
AESC 2007 ($2007)

Winter Winter Off Summer Summer
~ ~ Peak’ P~ák f~Peák~
-Ené~’ Er~Fqy~ ~n~r~’

; ‘. ‘-~ AESC 2005 ~- ‘‘ ‘~ ., $IkWh ~ ‘$IkWh -; ‘ $lkWh - $/kWh ~

Maine (ME) 0.061 0.051. ,0.054 ~.‘- 0.043
Boston (NEMA)’~ ,~ 0.064 0.052 0.061 - 0.044
Rest of Massachusetts (hon-NEMA) ~ 0.064, ~0.052 O~061 0:044
Central & Western Massachusetts (WCMA) -, 0:064 -, 0,052 0,061-, 0.044

ew Hampshire (NH) 0.063 0.051 0.060 :0.044
Rhode l~1and(Rl) -. - ~- - . 0.064 0.052- ‘‘ 0,060 0.045
Vermont(VT).~, ~ ,,‘ ~, ,;,, ‘, -- ~ ,- -. 0.064~ 0.052 0061 0.045

orWalk (NS) --~-‘~- ‘- -~‘‘ .‘ ,-~ - - ,O~068 - 0.053 0,D64 0.045
Outhwest Connecticut (SWCT) ~- 0.066, ~- 0.053 ,. 0,063 0.045
est of Conhecticut (non-SWCT) : ~-- 0.066 - 0.052 0.062 .- ‘ 0.045~

~ ‘, -t ,~- ‘‘t~~ ,‘ ‘, - -~?-~~,‘ 1 - ,,,,-,_,. - $ —. UN”’ ‘:, —

~ AESC_2007
\4aine~(ME), ,-,~ -~-‘-‘: ~- ‘ . - - ‘~ ‘~0.084 0.062 - 0.086 ,~-;;‘~0.060,
3ostói4 INEMA’ - ~‘ ~ :~‘~-.:‘. V V V ,‘V, V V :‘f’~0.095. :-t”~-f0.069’ , ‘~O068~
Rest of Massachusetts (non-NEMA~ -- 0.093 0.069 0.098 - ‘0.067
Central & Western Massachusetts (WCMA) —‘- Pt”-- 0.094 ‘~, -: 0.070 0.099 , -~‘0.069
New Hampshire (NH) ,- - - 0.090~ 0.067 - 0.093, 0.065
Rhode lsIahd’(Rl).~”-, ‘~‘: - -~ ~‘ “ ‘- ----‘-- 0.093 -‘ -0:068 --~--‘ f’0.098 --, 0:066
Vermont (VT) - ‘ -‘ -~ - - 0.096 - -0.Q70 t’ -~ 0.101- :0.069
Norwalk (NS) - - — - ~- - 0.099 -‘ 0.072 - 0.112 - 0,071
Southwest Conne~ticut (SWCT): ~-‘ - - -; 0.098 - 0.072 0106 - 0.070
~est of Connecticut (non SWCT) ~ 0 097 0 071 0 104 0 069

Change_from_AESC_200~
Maine (ME) -~ :-~ -: “:~‘~ -‘ ~- 0.023 ‘- “ ~0.011~ ~‘- - 0.032 -0.017
Boston’(NEMA)’ -~- — ~,‘-“ :‘~‘ ‘“‘ - 0.031- ‘-‘0,017t 0,040- ,~ 0.024-
Rest of Massachusetts (non-NEMA), - -‘------ -~ ‘--- - 0.029’ ‘~-~0.017- ---,- 0.038 -~ -f 0.023
Central’& Western Mãssãchusetts (WCMA) --- ~ ~-- 0.030 -‘ 0.018 ~—: ~-0.038, ~0.024,
New Hàm~shfre (NH) ~-- ~-‘-‘~-~,, ‘‘-~---.-0.027 - -- 0.015- - ~0.034
Rhode’~lslahd (RI)-~.---~. - - --:‘- ~ ~‘L$~ ~“ ~,, - 0.029 -, 0016 ~0.038: ~:,f’~0.022
Vermoiit(VT)’: ~- --, -~ - ,~ -‘ -,,.. ~, 0.032 ,~0,018 ,-M.040: ;~0.025
NoiwaIk’(NS)~--~’, ‘“. ‘.- : -- ~-~‘:‘ .‘ ~‘~‘ -‘ 0:031’” 0019 - ~~t~—0,048 -~‘~-f--~0.026
SouthWest,,Cqnne~ticut(SWCT) ~-~-- - ‘: - 0.032 -: ‘0.019 ::~-f~0.043, -:~- 0:025,
Rest of Connecticut (non-SWCT) - ~ ‘ 0.031 - -0.019 - : -0,042 - ‘ 0.024

~‘ % Change from AESC ‘2005~ ~- -

Maine (ME) - , - - ‘ - - - - ,39% ---,22% - 59% -‘ - ‘38%
Boston (NEMA) ‘ - -- 48% 33% ‘ 66% - 54%
Rest of Massachusetts (non-NEMA)’ ‘‘ ‘ ‘ - ~46% — -, 32% ,, .62% ‘, - 52%
Central & Western Massachusetts (WCMA) 47% 34% -‘63% ‘ 55%
New Hampshire (NH) - ‘ - -‘ ,, -.~---‘- , - 43% “-30% ‘ ~-, ~,56% ‘

Rhode Island (RI) ,- ‘ - ‘ ‘ , ‘ ---- - ‘- ‘ ,46% ‘ ~, 31% - 63% 48%
Vermont iVfl - - — -‘ - ‘- “ -~ 49% - ‘ 34% - 65% 55%
Norwalk (NS) - ‘ ‘ - - ‘ -‘ “ - ‘ 46% 37% ,t,75% ‘58%
Southwest Connecticut (SWCT) - ‘ - - “ - - 48% - ‘ 36% ‘ - 68% ‘ 56%
Rest of Connecticut (non-SWCT) 48% 35% 68% 54%

Synapse Enérgy’Economiôs —. 2007 AESC V .-~ é’flcVi~ .1~3/O8, - .~‘:.

000237



The 2007 AESC avoided energy costs are about 2.2cents/kWh higher than the 2005
AESC on an annual average basis, with even higher differentials in peak costing periods.
The major factors underlying those differentials are higher projections of r~atural gas
production priccs, CO2 regulation compliance costs, and retail supply margins. As
indicated in Exhibit ES-3, those three factors would account for an annual average
differential of about 2.6 cents/kWh assuming a marginal gas-fired unit with a heat rate of
9,500.Btu/kWh.

Exhibit ES-3. Illustrative Calculation of Differential in Avoided Energy Costs —

2007 versus 2005

, Differential —. Impact on marginal electric energy

• F ~ 2007 AESC supply cost (cents/kWh) assuming~ ac or versus a gas-fired unit with 9,500 btulkWh

2005 AESC heat rate
Natural Gas ‘Prices ($/MMBtu.) 1.25 1.2
CO2 compliance costs $/ton 9.52 0,6
Retail Adder ‘ 10% 0.8
Total . 2.6

The projections of marginal capacity costs are shown in Exhibit ES-4.

Exhibit ES-4. 15 Year Levelized Avoided Electric Capacity Costs - AESC 2005 vs..
AESC 2007 .,,

Annual Market Capacity Value
Zone AESC 2005 AESC 2007 ‘Change
Maine (ME) 50.37 100.30 99%
Boston (NEMA) 77.08 107.30 39%
Rest of Massachusetts (non-NEMA) 72.02 102.60 42%
Central & Western Massachusetts .(WCMA) 72.02 102.60 42%
New’Harnpshir,e(NH) . 72.02 107.30’ 49%
Rhode Island (RI) 72.02 102.60 42%
Vermont (VT) 72.02 103.70 44%
Norwalk (NS) . 81.62 102.60 26%
Southwest Connecticut (SWCT) 76.54 107,30 40%
Rest of Connecticut (non-SWCT) 74.81 102.60 37%

The 2007 AESC projections of marginal electric capacity costs are higher than those in
the 2005 AESC due primarily to the assumption that prices in the Forward Capacity
Market (FCM) will be set by gas fired peaking combustion turbines.

Demand-Reduction-Induced Price Effect (“DRIPE”)

Reductions in the quantity of energy and/or capacity that customers will need in the
future due to efficiency and/or demand response programs are expected to result in lower
pricôs for electric energy and capacity in wholesale markets. This impact of efficiency
programs on market prices is referred to as Demand-Reduction-Induced Price Effect
~DRIPE).

AESC 2007 presents 15-year levelized energy and capacity DRIPE estimates by zone in
Exhibit ES-5 below. We recommend that the estimate of capacity DRIPE be updated by

Synapse Energy Economics — 2007 AESC 1-7
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analyzing actual bids once ISO-NE releases the bids received in the FCM auction in
2008. We also recommend that program administrators include DRIPE values in their
analyses of demand side management (DSM), unless specifically prohibited from doing
so by state or local law or regulation.

Exhibit ES-5. 15 Year Levelized Energy and Capacity D1UPE for Installations in
2008 byZone

These estimates are very small when expressed in terms of impacts on the market prices
of energy and capacity, i.e., reductions of a fraction of a percent. These impacts are
projected to dissipate over four to five years as the market reacts to the new, lower level
of energy and capacity required. However, DRIPE impacts are significant when
expressed in absolute dollar terms, since very small impacts on market prices, when
applied to all energy and capacity being purchased in the market, translate into large
absolute dollar amounts. Moreover, consideration of DRIPE impacts can also increase the
cost-effectiveness of DSM programs on the order of 15% to 20%, because the estimated
absolute dollar benefits of DRIPE are being attributed to a relatively small quantity of
reductions in energy and/or capacity.

The AESC 2007 estimates of energy and capacity DRIPE vary by zone. Using West-
Central Massachusetts as an example, the estimate of energy DRIPE in the summer on-
peak period is 1.6 cents/kWh. This compares to an avoided electricity cost of 9.9
cents/kWh for that same zone and costing period. (AESC 2005 did not develop an
estimate of energy DRIPE). Again, using West-Central Massachusetts as an example, the
estimate of capacity DRIPE is $25/kW-year (15 year levelized value in 2007$). This
compares to an avoided capacity cost of 1 031kW-year for that same zone and costing
period. (This estimate is between the corresponding 2005 AESC estimates for that zone
of $299/kW-year and $17/kW-year3, which are 15 year levelized values in 2005$.)

~ A2-5, 2005 AESC.
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Winter Peek Winter Off-Peak
Enorciv DR1PE

Summer Peek Summer Off-Peek -

Capacity
DRIPE

Zone $IkWh S/kWh 5/kWh 5/kWh 51kW-yr -

Maine (ME) 0.008 0.007 0.013 0.006 22-80
Boston (NEMA) 0008 0.007 0.016 0.007 22.80
Rest of Massachusetts (non-NEMA) 0.010 0.008 0.018 0.007 24.63
Central & Western Massachusetts (WCMA) 0009 0.007 0.016 0.006 24.63
New Hampshire (NH) 0.008 0.007 0.014 0.006 22.80
Rhode Island (RI) 0.009 0.007 0.015 0.007 24.63
Vermont (VT) 0.008 0.006 0.014 .0.005 22.80
Norwalk (NS) 0.010 0.008 0.022 0.011 24.63
Southwest Connecticut (SWCT) 0.009 0.008 0.019 0.010 22.80
Rest of Connecticut (non-SWCT) 0,010 1 0.008 0,022 0.011 24.63



CO2 Externality

Externalities are Impacts fiom the production of a good or service that are neither
refleöted in the price of that good or serviáe nor considered in the de~ision to provide that
good or service. There are many externalities associated with the production of
electricity, including the adverse impacts of emissions of SO2, mercury, particulates, NO~
and CO2. However, the magnitude of most of those exterhalities has been reduced over
time, as regulations limiting emission levels have forced suppliers and buyers to consider
at least a portion of their adverse impacts in their production and use decisions. In other
words, a portion of the costs of the adverse impact ofmost of these externalities has
already been “internalized” in the price of electricity.

AESC 2007 identifies the impacts of carbon dioxide as the dominant externality
associated with marginal eleetticity generation in New England over the study period for
two main reasons Fiist, policy makers ate just starting to develop and implement
regulations that will “internalize” the costs associated with the impacts of carbon dioxide
from electricity production and other energy uses. The Regional Greenhouse Gas
Initiative and anticipated futui e federal CO2 regulations will internalize a portion of the
“greenhouse gas externality,” but AESC 2007 projects that the externality value of CO2
will still be high even with those regulations; Second, New England avoided electric
energy costs over the study period are likely to be dominated by natu~al gas-fired
generation, which has minimal emissions of SO2, mercury, particulates and NOx, but
substantial emissions of CO2.

AESC 2007 has developed a projection of annual additional environmental costs
associated with emissions of CO2 in New England The estimates are equal to the cost of
limiting CO2 emissions to: a “sustaihability target” level, estimated to be a control cost of
$60/ton, and minus the forecast value of CO2 allowances under the cap and trade
regulations expected over th~ study period. An additional CO2 environmental cost of
$60/ton translates into an electricity, cost adder of approximately 4.0 cents/kWh if a
natural gas generating unit is on the margin. TheAESC 2007 estimates of 15-year
levelized CO2 additional environmental costs by zone are presented in Exhibit ES-6
below. As with DRIPE, we recommend that program administrators includc CO2
additional environmental costs in their analyses of DSM, unless specifically prohibited
from doing so by ‘state or loqal law or regulation.

Exhibit ES-6 15 Year Levelized CO2 Externalities by Zone

Zone
IAalrie (ME)
Soston (NEMA)
‘est of Massachusetts (non-NEMA)
)entral &~ ?~A ~ (WCMA)
~ew Hampshire (NH)
~hode Island (RI)
/ermont (VT~
~3orwaIk (NS)
Southwest Connecticut (SWCT)
~est of Connecticut (non-SWCT)

SIkWh
• 0028

0,028
.0.028
0.028
0.028
0.028
0.028
0.028
0.028
0.028

S/kWh 5/kWh
0,027
0,027
0.028
0,028
0.027
0.028
0,027
0~028
0.027
0.028

‘ ‘ 0,031

0.031
0.031
0.031
0.031
0.031
0,031
0.031
0.031
0.031’

5/kWh
0,030
0,030
0,030
0,030
0,030
0.030
0.030
0.030
0.030
0.030
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2. Natural Gas Price Forecast
This Chapter provides a projection of natural gas prices for electric generation as well as
a projection of avoided natural gas costs by retail end-use sector.

A. Overview of New England Gas Market

Natural gas arrived later in New England than in much of the rest of America because of
its distance from the major supplies of natural gas in the Southwest. Now, however,
natural gas accounts for approximately 23 percent ofNew England energy consumption,
which is the same fraction of energy consumption as in the United States as a whole. Gas
consumption has been and is expected to continue to grow in New England with
electricity generation the most rapidly growing sector. Most of the gas purchased by
consumers in New England is delivered by local distribution companies (LDCs), but
some is delivered directly by pipelines, usually to electric generation facilities.

Because of the large seasonal temperature changes in New England and the amount of
heating load, natural gas use is seasonal. On average, about twice as much gas is used in
January than in the summer months. However, much of the summer natural gas
consumption is for electricity generation. Since generators often receive gas directly from
pipelines, the LDCs have a much greater swing of gas load; an LDC’s January gas load
can be five times its summer load. Because of these large swings in gas load, LDCs must
have gas stored in the summer to serve customer gas requirements in the winter. This
stored gas is mostly stored in underground facilities, many of which are depleted natural
gas producing fields. Most of the underground storage facilities that serve the New
England LDCs are located in Pcnnsylvania, although storage facilities in New York,
Michigan, and Ontario are also used. Since these underground storage facilities are
relatively far from New England, liquefied natural gas (LNG) and propane stored in New
England are used to meet the peak customer requirement on the colder days of the winter.

Originally the natural gas delivered in New England came from the supply areas of
Appalachia or the Southwest. New England’s natural gas supply has diversified; gas also
now comes from western Canada, from Nova Scotia, and by ship as LNG from Trinidad
and Tobago, Nigeria, Algeria, and other LNG exporting countries.

The physical system through which gas is delivered to and within the New England
region, excluding Vermont, currently consists of five pipelines and one liquefied natui’al
gas terminal. The pipelines are Tennessee, Algonquin, Maritimes & Northeast, Portland
Natural Gas, and Iroquois, and the LNG terminal is owned and operated by Distrigas. A
map of these five pipelines is shown in Exhibit 2-1 below. Distrigas receives LNG by
tanker in Boston Harbor and delivers that supply as gas into Algonquin, the KeySpan
system, the Mystic Electric Generating Station, and as LNG by truck to local distribution
company (LDC) storage tanks throughout the region. The one LDC serving northern
Vermont receives its gas from TransCanada Pipelines at Highgate Springs on the border
with Canada,
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Exhibit 2-1. Pipelines Supplying New England

A more extensive .discussion of the New England gas industry and gas supply is
published by the Northeast Gas Association ~NEGA).4

‘~‘ Northeast Gas Association, “Statistical Guide to the Northeast U.S. Natural Gas Industry 2006” (NEGA

Statistics 2006),

Synapse Energy Economics — 2007 AESC 2-2

Tennessee and Algonquin deliver the majority of the natural gas that comes into New
England These two pipelines also deliver gas directly to a numbei of eleotiic generating
units and certain very large customers, as well as indirectly thi ough deliveries to LDCs
who in turn distribute that gas to retail customers..
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B. Forecast Commodity Price of Gas

Dev&opment of Henry Hub Natur& Gas Price Forecast

The forecasted commodity price of gas in New England begins with a forecast of the
price of gas at the Henry Hub, the most relevant pricing point for US gas supply costs.
Henry Hub natural gas prices make a good starting point for the forecast for numerous
reasons, including: the North American natural gas market is highly integrated, the Henry
Hub is located in the US Gulf Coast area which is the dominant producing region of the
United States, the Henry Hub is the most liquid trading hub with the longest history of
public trading on the New York Mercantile Exchange (“NYMEX”), and market prices of
gas produced in other regions of the United States and Canada reflect Henry Hub prices
with an adjustment for their location — referred to as a basis differential. A basis
differential is defined as the natural gas price in a market location minus the gas price at
the Henry Hub.

Natural gas production forecasts through 2020 in Annual Energy Outlook 2007 (ABO
2007), prepared by the Energy Information Administration (EIA) within the US
Department of Energy, indicate that production from the lower 48 states represents at
least 70% of US supply with the remaining coming from imports via pipeline and imports
via iiquified natural gas terminals. AEO 2007 projects an increase in US production to
approximately 80% of total supply by 2020 due to greater forecasted deliveries of
Alaskan natural gas to the lower 48 states beginning in 2018. It also projects a decline in
pipeline imports due to simultaneous declines in Canadian production and increases in
Canadian consumption. ABO 2007 also projects imports of LNG to increase by a factor
of almost six relative to 2005 levels requiring the expansion of existing terminals and the
construction of new terminals. However, even with this increase, LNG will still represent
less than 15% of US supply as shown in the exhibit below.

Exhibit 2-2. Sources of US Natural Gas Supply 2005 and 2020~ (Tcf)

2005 2020 (Reference Change 2020Sources of Supply
(actual) Case forecast) vs. 2005

US Production 18.30 20.86 2.56

Imports via Pipeline 3.01 1.65 (1,36)

ImportsviaLNG 0.57 3.69 3.12

Total 21.87 26.21 4.34

The first step towards projecting New England natural gas prices was to develop an
annual Henry Hub natural gas price forecast. The natural gas price forecast at the Henry
Hub was based on data from the ABO 2007.6 The AEO 2007 was the optimal starting

EIA, ABO 2007, Table A13, page 159.
6 AEO 2007 prices are expressed in 2005$. Those prices are converted into 2007$ using the indexes and

conversion factors specified as major assumptions.
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point because it is public, transparent, and incorporates the long-term feedback.
mechanisms of energy prices upon supply, demand, and competition among fuels. AEO
2007 is comprised of34 different forecast cases, each incorporating different
assumptions.7 The most likely case is called a Reference Case. The Reference Case
assumes US economic growth of 2.9% per year and oil and gas prices that decline from
current levels and then begin a’ slow rise. By 2030, the AEO 2007 expects the Reference
Case average crude oil ~pi~~es to be about $59.00 per barrel and US wellhead natural gas
prices to be $5 80 per Mef in 2007 dollars

A review of the Henry Hub natural gas prices in AEO 2007 found that none of the AEO
forecasts .of Henry Hub gas prices over ~he long-term were s~ipportabie~ A major source
of disagreement with the ABO 2007 forecasting was with the ETA’s assumptions about
technological progress in oil and gas finding As indicated in Exhibit 2-3, the AEO
Reference ,Case assumes that, relative to actual experience over the past ten years,

• the success rate of oil and gas drilling will improve at a slower pace,

• ‘ the finding rates for’gas will improve at a faster pace, and

,the costs of drilling wells will decline at a faster rate.

For the reasons presented below, we agree with the EIA’s projections that the success
rate äf drilling will improve at a slower pace but we disagree with their projected
improvements in finding rates and drilling costs

The ETA projections of improvements in finding rates and drilling costs are inconsistent
with recent trends. As shown in Exhibit 2-4, the cost, per foot of drilling, exploration wells.
doubled since the mid-1990s,and the cost per foot.of development wells more than
doublçd from 1995 to 2004. The reserves found per foot drilled for development wells
dropped 40% while the productivity of exploration drilling dropped about two-thirds
since the mid-1990s Consequently, the drilling cost per Mcf of natural gas reserves
found8 increased fromabout $0.50 per Mcf in the th’id-1990s to over $3.00 per Mcf for
explOratory wells and to slightly under, $2.00 per Mef for development wells (all in
2000$), . . .‘.. ,, :

The ETA did make some effort to consider observed trends. As stated in the AEO 2007,
“. . .for the AEO 2007 projections, the re-estimations capture all the cost increases.and
outcomes for the E & P activity that occurred through December 31, 2004.” However,
analysis and experience indicate that the ETA’s re-estimations ~yere not sufficient to
capture the recent facts and likely future reality regarding oil and gas drilling costs and
productivity over the next several years. This is shown by the large differences between
recent facts and the ETA assumptions about finding rates and. drilling costs in Exhibit 2-3.

~ See ABO 2007 Appendix E and especially Table El, page 212.

These drilling costs do not include the costs of buying leases,, performing geophysical surveys, or the
costs, including royalty and taxes, of producing gas.
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Exhibit 2-3. Comparison of AEO 2007 Assumptions about Improvements in Gas
Finding Productivity and Drilling Costs (Reference Case) with Actual Data from
1994 to 2004

Average Annual Improvement

Forecast Actual

AEO 2007 1994-96 to
Reference Case 2003-20 04

units (a) (b)
Success Rates of Oil and Gas Drilling (Annual Improvement)

Exploratory Wells % per year 0.5 to 1.0 5.0
Development Wells %peryear 0.5 1.1

FIndIng Rates for Gas, Improvement
(Mcf found per successful gas well foot drilled)

Exploratory Wells % per year 0,0 103.0 -12,4
Development Wells % per year 1.0 -4.9

Reduction In Drilling Costs
Exploratory Wells % per year 0,9 to 1.0 -8,3
Development Wells % per year 0.9 to 1.0 -9,5

(a) Assumptions to the Annual Energy Outlook 2007, Table 53, page 102.
(b) EIA Annual Energy Review 2005; Tables 4.6, 4.7 and 4.8;

EIA Performance Profiles of Major Energy Producers 2005.

As shown in Exhibit 2-3, AEO 2007 assumed that the success rate of oil and gas drilling
would be less than the rate experienced on average from 1994-1996 through 2003-2004.
However, this assumption merely refle~ted the fact that success rates are now relatively
high, about 50% for exploratory wells and about 90% for development wells. It is true
that oil and gas drilling technology is improving and there have been a higher percentage
of successful wells over time as evidence ofthis trend (Exhibit 2-4 provides more detail).
North America is now experiencing a gas drilling boom similar to that of the late I 970s
and early 1980s. After the drilling boom of the late 1970s and early 1980s, drilling costs
did decrease and drilling productivity did increase and such may happen again. Thus, it is
also reasonable to expect that as the number of drilling rigs and experienced crews grows
to fill the demand and as technology and knowledge improves in finding and developing
non-conventional gas reservoirs, declining drilling costs and increasing productivity of
drilling could be experienced in the future,

However, one cannot ignore the reduced finding rate and greater costs of finding gas; it is
simply becoming increasing difficult and expensive to extend existing reservoirs and find
new ones. New reservoirs are smaller, deeper in the sea, in more remote areas, and have
less permeability in the reservoirs. Thus, although technology is improving, the data
show that the difficulty in accessing new or extended reservoirs for gas is offsetting any
gains made through technological improvements.

In addition, the increase in the number of wells and footage drilled has led to price
increases for drilling. These increases have been further exacerbated by price increases
for drilling materials (i.e., steel) caused by worldwide economic growth. In short, further
strong improvement in success rates, especially for development wells, will be difficult,
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ABO 2007’s assumed improvements in finding rates of 0 to 3% per year and reductions
In drilling costs of about 1% per year are not ~consistent with the actual rates experienced
on average from 1994-1996 through 2003-2004. To the contrary, finding rates over that
period fell sharply and drilling costs escalated sharply.

Exhibit 2-4. US Gas Wells Drilling Productivity (Mcf per foot drilled) and Drilling
Cost.of Reserves (2000$ per Met)
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Fortunately, AEO 2007 provided alternate scenarios including the Oil and Gas Slow
Technology Case afid the Oil and.Gas Rapid Technology Case. The ABO 2007 Oil and
Gas Rapid Technology Case had 50% more iapid cost reduction and drilling productivity
improvement than the Reference Case, Conversely, the ABO 2007 Oil and Gas Slow
Technology Case assumed that cost and drilling productivity improvement were. 50% less
than the Reference Case. The Oil and Gas Slow Technology Case represents a more
reasonable startingpoint than the P,eferenoe. Case,in.the Oil and Gas Slow,Technology
Case, the EIA continues to assume that technological progress will reduce drilling costs
and increase drilling productivity year after yeai, contrary to the actual trends shown in
the exhibit above The iecent rates of change for productivity improvements and drilling
cost reductions are negative, not the small but positive numbers assumed by the EIA,
even in its Slow Technology Case Therefore, the Henry Hub gas price forecast in this
study began with the AEO 2007 Oil and Gas Slow Technology Case forecast, and then
made adjustments to refleót the assumption that drilling costs would continue to increase
or remain high and finding productivity per foot drilled would continue to fall or remain
at current low levels for a while. ‘

In order to develop aforecast that captures the effects of both technological progress and.
declining productivity and increasing costs of drilling for and finding natural gas, this
forecast starts with the gas price forecast in the Slow Technology Case in the ABO 2007
and adds to this price the difference in the price between the AEO 2007, Oil and Gas Slow
Technology Case and the AEO 2007 Oil and Gas Rapid Technology Case. The difference
in the two cases represents the difference. in the rates of improvement (or decline) in
drilling costs and driiling’productivity. This difference., when added to the prices from the
Slow Technology Case, provided a reasonable representation of the reality of increasing
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drilling costs and declining drilling productivity in the recent past and near future. The
result is representative of the Henry Hub natural gas price under “a less than Slow
Technology Case.” In other words, the Henry 1-lub natural gas price under “a less than
Slow Technology Case” will be above the Slow Technology Case forecast price by the
same differential as the Henry Hub natural gas price under the “Rapid Technology Case”
is below the Slow Technology Case forecast price. A forecast that provides a reasonable
reflection of the likely price impacts of increasing drilling costs and declining drilling
productivity was developed by adding the price differential to the Slow Technology Case
forecast price.

As a check on the validity of this forecast, the forecast prices for 2007-20 12 were
compared to the Henry Hub futures prices from NYMEXY Annual averages using actual
monthly NYMEX prices for January through March 2007 and NYMEX futures prices for
April 2007 through December 201210 were calculated. This comparison indicated that
near-term prices forecast under the methodology outlined above for 2007 throu~h 2012
were, on average, 98% of the Henry Hub futures prices as of mid-March 20071 when
expressed in 2007$. Although this is a modest discrepancy, it was determined that the
optimal approach would be to use a combination of Henry Hub futures prices in the near-
term (2007-20 12) and projections derived from the AEO 2007 Oil and Gas Slow
Technology Case described above in the long-term (2013-2022).

ii. Annual Henry Hub Natural Gas Price Forecast

The AESC 2007 Henry Hub annual natural gas price forecast is shown in the exhibit
below relative to the actual Henry Hub prices from 1992 through 2006. Actual Henry
Hub prices were in the $3.00/MMBtu (2007$) range from 1992 through 1999, and have
increased steadily since then. The AESC 2007 forecast projects that prices decline to the
$6.00 to $7.00/MMBtu range, and then stabilize at that level through 2022.

~ The futures market represents the consensus of market participants who do have a reasonable

knowledge of near-term market and industry facts. See the paper by Adam Sieminski, “Varying Views
on the Future of the Natural Gas Market: Secrets ofEnergy Price Forecasting,” 2007 EIA Energy
Outlook, Modeling and Data Conference, Washington DC, March 28, 2007, Available at
www.eia.doe.gov/Oiaf/aeo/conf/index,htm.

‘° As of May 2,2007.

NYMEX ClearPort market prices as of May 2, 2007,
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The AESC 2007 forecast is approximately 9% higher than the AEO 2007 Reference Case
on average over the forecast period as shown in the exhibit below..

Exhibit 2-6. Comparison of Henry Hub Gas Price Forecasts ~2OO7$/MMBtu)

__________-—

god —

8.00

I~ 3.00

2.00

1,00
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Asindicat~d in Exhibits 2-5 and 2~6, our forecast of the Henry Hub natural gas price is
almost $L00 per ~~ffitu higher in 2008 than in 2007, and thenit.declines to the year
2013. The projected “bump” in 2008 and the projected decline thereafter are both driven
by the market expectations regarding demand and supply over the next few years.

The higher price in 2008 is a direct reflection of the value that the NYMEX futures
market (as of May 2, 2007) plaóed on Henry Hub gas in 2008 as compared to 2007. The
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Exhibit 2~.5. Annual Actual and Forecasted Henry Hub Natural Gas Prices
(2007S/MMJ3tu)
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market’s expectations of a higher price for gas deliveries a year in the future has its origin
in the effects of Hurricane Katrina, which landed on the Gulf Coast on August 29, 2005
and drove up gas prices in the following months dramatically, Prior to that experience,
the NYIvIEX gas futures “year-out” price was generally the same as the “near-month”
price. 1-lowever, since Katrina, NYIvIEX year-out prices have been generally higher than
near-month prices by about $2.00 per MMBtu in 2006 and $1.00 per MMBtu in 2007.

This price spread is based upon the expectation among gas futures traders that 2008
prices will be higher than 2007 prices for several reasons. The market is expecting
continued declines in imports from Canada due to declines in Canadian gas production,12
interruptions in US production due to an active hurricane season in the Atlantic this
summer and fall, increased gas consumption due to higher than normal summer
temperatures in the United States and high oil prices, decreases in LNG imports due to
increases in demand for LNG in Europe to meet winter demand, and increased US
consumption this winter due to a return to average temperatures after the recent warmer
than normal winters.

There are several reasons for the decline in the NYMEX gas futures prices for the out
years beyond 2008. Some agree with the view of AEO 2007 that gas prices will decline
from the near term level due to increasing supply resulting from technological
improvements in finding and producing gas in North America. Others may believe that
LNG imports will moderate the North American gas price. Finally, futures prices tend to
decline in the out years to reflect the risk of holding long positions in gas futures,

C. Forecast of High and Low Gas Prices at the Henry Hub

In this section higher and lower gas price cases are presented. Similar to the base price
forecast, these forecasts were derived from various price cases presented in AEO 2007.
The volatility of those prices is also discussed.

(a) Higher Price Case

The AESC 2007 higher price case represents a future with the same slow technological
progress in finding oil and gas as in the AESC 2007 base forecast, and fewer oil and gas
resources than expected in the AEO 2007 reference case, We developed the AESC 2007
higher price case by adding to the prices from the AESC 2007 base forecast a projection
of the incremental price impact of a lower projection of natural gas resources. We drew
that projected incremental price impact from an analysis of AEO 2007 forecasts for
various cases.

In addition to its Reference Case, AEO 2007 presents summary results for 33 additional
cases. These cases have widely varying assumptions about economic growth, oil and gas
resources, energy efficiency in consuming sectors, and technological development in the
various energy supply sectors.13 The AEO 2007 case which produced the highest oil and

~ Canada’s National Energy Board, “2007 Summer Energy Outlook” expects 2007 gas production in
Canada to decline about 500 million cubic feet per day from 2006 production.

~ AEO 2007 Appendix E, Exhibit El.
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gas prices is called the “high price case”. In that-case, the quantity of oil and gas
resources14 in the US and worldwide are assumed tobe 15 percent less than in the
reference case. This assumption produces a crude oil price of $100/bbl in 2030 compared
with the Reference Case price of $59/bbl in 2030 (all in 2005$).

The difference between the Henry Hub natural gas price forecast under the AEO 2007
high price case and the AEO 2007 reference case is a measure of the impact of the 15
percent reduction in the available, oil and natural gas resources. That difference is
$0.63/MMBtu-(2005$) in 2010 and $0.75/MMBtu (2005$) in 2020. We used that
differential to develop the AESC 2007 higher price case, Specifically, the AESC 2007
higher gas price case equals the AES,C 2007 base forecast price in each year plus the
difference between the AEO 2007 high price case and reference case in that year. The
resulting AESC 2007 higher price foreóast is shown in Exhibit 2-7. .

Exhibft 2-7. Forecast Range of Average Henry Hub Natural Gas Prices

• I__.__Base Price —a——Upper Price —~ Lower Price

~‘b) Lower Price Case .

For the AESC 2007 lower price case we use the AEO 2007 “low price case” forecast.
•That case assumes: future levels of oil and natural gas resources 15 percent higher than
un4er the ‘ABO 2007 reference case.. In addition to higher levels of oil and gas resources,
the AEO 2007 low price case differs from the AESC 2007 basç price forecast in that it
assumes new oil and gas reserves will be found more easily and at less cost. The AESC
2007 lower price case is also shown in Exhibit 2-7.

0. Representation of VoEatiIity in Gas Commodity Prices

The AESC. 2007 natural gas prices forecast (base case, upper case, and lower case)
should he viewed as expected average annual prices. In contrast, actual gas prices are.

14 Resources are proved reserves plus potential, possible and speculative resources that are recoverable

under adequate-economic conditions and current or foreseeable technology
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volatile. Thus, it is reasonable to expect actual prices to vary around these expected
annual average prices. The upper and lower price cases are not intended to show the
range of volatility of gas prices. Gas prices have changed by a factor of two or more
during a year and they can stay above or below the “expected” price for periods longer
than a year.

Pindyck argues that oil, coal, and natural gas prices tend to move toward long-run total
marginal cost. 15 This behavior is consistent with the forecast of an average price but with
the expectation that the actual price will vary around the average price in a random
manner with an annual standard deviation of 11% to 14% even while tending to move to
the average. However, Pindyck suggests that the movement of oil and gas prices to a
long-run marginal cost is slow and can take up to a decade,16

Thus, assuming that the AESC 2007 base price forecast is correct, one should expect that
the random movements in gas prices could send the gas price above the upper gas price
shown in the exhibit above for several months or in some cases for more than a year. For
example, in 2015 the base price forecast is $6.25 per MMBtu (in 2007$). A 12% random
increase in that year would make the price $7.00, which is slightly greater than the $6.98
in the higher price forecast. Similarly, random movements could result in actual gas
prices below the forecast price. Random movements could move prices in different
directions from year to year, above and below the prices forecast for those years.

Price spikes are an example ofprice volatility. From time to time, the daily spot or even
the monthly price of natural gas spikes. In New England and in other gas consuming
areas there have been daily price spikes during very cold weather. In addition, natural gas
prices have increased for longer periods. The recent example of Hurricane Katrina in
2005 is illustrative. Katrina hit the Gulf Coast on August 29, 2005. One month earlier on
July 29, 2005 the NYIvIEX gas futures contract for September 2005 delivery was priced
at $7.885 per MMBtu. On December 13, 2005 the NYMEX January 2006 gas futures
contract settlement price was $1 5.378. Six months after Katrina struck the Gulf Coast,
that is, on March 1, 2006, the April 2006 gas futures contract was priced at $6.73 3 per
MMBtu, Subsequently 2006 experienced few hurricanes and on September 27, 2006 the
October 2006 gas futures contract closed at $4.2 10 per MMBtu, But these prices were
short lived and on March 1, 2007 the April 2007 gas futures contract settled at a price of
$7.288. In this example a shock that removed 5 Befper day of natural gas supply
produced a strong increase in prices, but prices quickly reversed to more typical levels
and in less than a year gas futures price fell temporarily to a level less than one-third of
the December 2005 peak. Such shocks and gas price volatility should be expected in the
future. Nonetheless, the AESC 2007 base gas price forecast should be viewed as an
average or expected Henry Hub gas price forecast.

~ Robert S. Pindyck, “The Long-Run Evolution of Energy Prices,” The Energy Journal, Vol. 20, No. 2
pages 1-27 (1999).

‘~ Pindyck shows that the random variation is similar to a geometric Brownian motion with an annual

standard deviation of 11 to 14 percent for natural gas, but with a slow movement back toward a mean,
which is related to the long-run total marginal cost of the resource, pages 24-25 and 6.
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An adjustment to the gas price forecast was not developed for price spikes for several
reasons. First, there is little, i~’ any, analytical work publicly available on this issue.
Second, the prices should be used as the basis for avoided energy supply costs in
evaluating the economic value of long-term investments in cnergy efficiency. It is not
anticipated that the levelized price of gas over the long-term, e.g., 10 to 20 years, would
be materially different if one estimated increases from an occnsional one to three day
price spike duting a cold snap or even the type of seyeral month gas puce increase
following Hurt icane Katuuna in the fall of 2005 Reasonably high gas prices are already
being forecast fot the futute, and it is believed that investment decisions ate unlikely to
be affected by accounting fot price spikes Moreover, it is also possible that gas prices
could fall below the levels of this forecast (a US recession could lead to a drop in natural
gas prices),

E Forecast of Price for Electric Generation in New England
The forecast natural gas prices for electric generation in New England consists of three
components A forecast of the monthly prices at the Henry Hub, a forecast of the “basis”
or cost differential between the Henry Hub and New England, and a forecast of the lateral
commodity charge for the delivery of the gas from the pipeline pricing point to the
generating unit The derivation of this forecast is outlined below

I. Monthly Henry Hub Natural Gas Price ForeOast

The first step in producing a forecast of monthly gas prices in New England was to
translate the annual Henry HUb natural gas price forecast into a monthly Henry Hub
natural gas price forecast The monthly NYMEX actual prices from January 2007
through .May 2007 and the forecasted prices from June. 2007 through December 2012
were used to develop ratios of the prices in each month of a year to the annual average for
that year These ratios were applied to the forecast of annual prices fuom 2013 through
2022 to develop forecasts of monthly prices in each of those years.

ii. Monthly New England Regional Natural Gas Price Forecast

The next stOp was to develop a forecast of the basis, or cost differential, between monthly
spot prices at the~ Henry Hub and monthly spot prices in New England. Monthly spot
prices in New England are reported at several points, the most representative of which are
Tennessee Gas Pipeline Zone 6 (TGP Z6) and Algonquin Gas Pipeline City Gate
(ALG)’7

For our forecast we assumed that the future regional spot market price in each month of
the study period would equal the forecast Henry Hub price each month plus the historical
average basis differOntiaL The historical avei~age basis differential is equal to the

17 Zone 6 of the Tennessee Gas Pipeline is the section serving New England. Algonquin is a regional
pipeline serving New England.
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difference between actual monthly Henry Hub natural gas prices and actual monthly
regional spot prices as reported at TOP Z6 and ALG respectively.

Our analyses indicate that the historical average basis differential is most accurately
represented as a ratio rather than as an absolute differential. Therefore, our forecast of the
regional monthly spot prices, with the exception of Vermont, was calculated by taking
the average of the forecasts for prices of spot gas delivered from TGP Z6 and ALG.

The average of forecast gas prices for these two zones is appropriate for several reasons.
An analysis of spot gas prices delivered from TOP Z6 and ALG between January 2000
and March 2007, presented below, shows no material difference between prices on the
two pipelines in most months, which is not surprising. There is ample opportunity for
price arbitrage between the two pipelines given the number of interconnections between
the two and the number of participants buying and selling gas in the wholesale New
England market every day. If the price on these two pipelines diverges by too much,
arbitrage would reduce the price difference. In addition, arbitration panels rely upon the
average of these two price indices, TOP Z6 and ALO, to represent the market value of
gas in New England for purposes of setting prices under gas supply contracts between gas
producers and generating units.

Exhibit 2-8. Average Actual Basis Differential Ratios — TGP Z6 vs. ALG
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Forecast prices for natural gas for electricity generation in Vermont were not developed
because Vermont currently does not have adequate pipeline capacity to support a major
gas-fired generating unit. Currently, Vermont Gas receives gas from TransCanada
Pipelines at Highgate on the Vermont/Canadian border and distributes that gas to
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customers in northern Vermont. It is not connected to the rest of the New England gas
pipeline network.

In order to adjust the Henry Hub natural gas prices as accurately as possible, both actual
monthly basis differentials (the absolute difference between TGPZ6 and ALG and Henry
Hub prices in $/MMBtu) and monthly basis differential ratios (TGP Z6 and ALG versus
Henry Hub prices) were calculated overthe period January 2000 — March 2007. In the
end, the basis differential ratios were utilized instead of the actual monthly basis
differentials due to the fact that they were more stable over time The average monthly
basis differential ratios for TGP Z6 and ALG weie applied to the monthly forecast of
Henry Hub natural gas prices to develop monthly prices for TGP Z6 and TLG over the
forecast period

Despite the fact thata basis differential ratio was used to calculate average monthly basis
differentials in AESC 2007 while the actual:.basis differential wa~ used in AESC 2005~
the two approaches were still comparable. The averagø monthly basis differentials from
AESC 2005 were compared to the average monthly basis differentials as calculated from
basis differential ratios for AESC 2007 as presented in the exhibit below The AESC
2007 average monthlybasis differentials were substantially higher than the ~ESC 2005
values in most months. The difference was primarily attributable to the fact that the•
AESC 2007 forecast of Henry Hub natural gas prices was higher than the AESC 2005
forecast and that the forecast average monthly basis differentials were calculated from a
ratiO rather than froma single absolute difference applied over the forecast period.

Exhibit 2-9. Comparison of Forecast Average Monthly Basis Differentials for Power
Generators (2007S/MMBtu)

AESC AESC AESC 2007 AESC AESC AESC 2007
• 2005 2007 AESC 2005 2007 ~ AESC

Month Southern {ALG + 2005 CentraL (ALG + 2005
~ NE TGP Z6)12 NE TGP Z6)/2

1 3.06 2~44 -20% 2.64 2,44 -8%
2 1.38 2.40 V 74% 1.26 2.40 V 90%3 0.81 1.02 26% 0.76 V 1.02 35%

• 4 V 0.53 0.58 V 10% 0,47 0.58 22%
5 0.43 0,56 V 31% V 0.39 0.56 45%
6 0.37 057 V 54% 0.30 0.57 86%

~ V 7 0;42 V 0.60 44% 0.34 0.60 79%

0.39 0.53 V 38% 0.32 0.53 70%
0.33 V 0~46 43% 0.32 V 0.46 48%

1 0.39 0.58 48% 034 0.58 71%
11 0,53 0.84 60% 048 V 0.84 74%
12 1.20 1.44 20% 0.90 1.44 60%

Lastly, a lateral commodity charge for the delivery of the gas from the pipeline to the
generating plant was added to the forecasted regional gas price. ALG has a firm
transportation rate schedule, AFT-CL, for laterals that connect ALG’s mainline with
several electric generating stations and one manufacturing plant. The 100% load factor
rates for firm service to the electric generating plants under rate schedule AFT-CL range
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in price from $0.0229 to $0.1093 per MMBtu)8 Considering that the deliveries are likely
to be at less than 100 percent load factor, the $0.07 per MMBtu lateral charge used in
AESC 2005 was reasonable and was adopted in AESC 2007,

The AESC 2007 Henry Hub annual natural gas price forecast is shown in the exhibit
below relative to the ALG annual natural gas price forecast and the TGP Z6 annual
natural gas price forecast.

Exhibit 2-10. Henry Hub and New England Natural Gas Price Forecasts
(2007$/MMBtu)

$1200 — _______ ________
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Years

The forecasts of monthly prices for natural gas prices at the Henry Hub, ALG, TGP Z6
and for electric generation in New England are presented in Appendix B.

F. lmpact of New Regional Supplies on Regional Price of
Natural Gas
It was thought that the addition of a significant quantity of new supply could put
downward pressure on regional prices by reducing the basis differential of New England
spot gas prices relative to Mid-Atlantic pricing points such as TETCO M-3.’9 New gas
supply is expected to enter New England from one or more of the new LNG import
termilTals proposed for Massachusetts as well as from Phase IV of the Maritime and
Northeast Pipeline. Since Encana has announced plans to develop Deep Panuke off Nova
Scotia, and since the Canaport LNG terminal in New Brunswick is under construction, it
is expected that additional gas will be delivered to New England through the Maritimes
and Northeast pipeline. How many, and which of the other proposed LNG terminals will
be completed is uncertain, as is the annual quantity of LNG that will actually be delivered

‘~ Algonquin Gas Transmission, LLC, FERC Gas Tariff sheets No. 36 and 37 effective October 1, 2006.
19 TETCO M3 is Texas Eastern Transmission Company, market zone 3. Zone M3 includes parts of

Pennsylvania and ends in New Jersey.
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to each terminal,20~Nevertheless, it is reasonable to expect some additional annual
quantity of LNG to be delivered into New England consistent with the national supply
assumptions from AEO 2007 presented earlier in Exhibit 2-2. However, these new
projects will not necessarily result in a major reduction in regional prices for electric.
generation in New England, since load is projected to grow in both New England and the
Mid-Atlantic, and since the Mid-Atlantic market is several times larger than New
England as depicted in Exhibit 2-11.

Exhibit 2-li. AEO 2007 Projections of Gas Demand in New England and the Mid-
Atlantic (Bcf per year)
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Major reductions in regional pi ices for electric generation in New England are also not
anticipated since the average monthly basis differential at TETCO M-3 relative to the
Henry Hub natural gas price, measured as a ratio to HH prices, is not~materially different
from the basis differentials for the corresponding months at the ALG pricing point and is
only slightly less than the TGP Z6 pricing point for most months over the past 7. years.
On average, the ALG average monthly basis differential ratio relative to Henry Hub is
higher than that of TETCO M-3 in the months of January and February. This is not
surprising sinc•e TETCO M-3 feeds gas into ALG. The surprise is that the New England
averag~ monthly basis differential ratio relative to Henry Hub. is similar to that of TETCO
M-3 in the majority of months. : .

20 For a discussion of the near-term LNG market and the difficulty of forecasting LNG imports into the

IJnitód States see: BIA, “Short-Term Energy Outlook Supplement: U.S. LNG Imports — The Next.
Wave,” January 2007.
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Exhibit 2-12. Average Actual Basis Differential Ratios — TGP Z6 vs. ALG vs.
TETCOM-3

080

Further analysis indicates that the minimal average monthly basis differential between
New England and the Mid-Atlantic area over the last several years can be explained by
increased supply into New England since 2000. Exhibit 2-13 compares the actual annual
average of gas imports into New England to the average daily gas consumption in New
England during the lowest months of consumption (June through September). As can be
seen for the recent past, imports into New England are close to the daily average
consumption during June — September. Thus, especially during the summer, there is no
need to bring significant gas from the Mid-Atlantic to New England. One would not
expect the New England spot price to be much higher than Mid-Atlantic prices under
these conditions. This is consistent with the findings concerning the prices in New
England and at TETCO M-3 as shown in the figure above.

In order to determine how much of an impact additional supply may have on New
England prices, a scenario in which at least one of the three proposed Massachusetts
terminals is completed, bringing an additional 0.4 Bcf/day of gas to New England, was
analyzed. In this scenario, it was. assumed that the existing import pipelines continued to
supply gas as they have recently. It was also assumed that 46% of the gas throughput on
the Iroquois Pipeline was sent to Connecticut and Massachusetts. This estimate was
based upon the fact that in 2007 about 46% of the firm contracts on Iroquois delivered
gas to Connecticut and Massachusetts.2’ It was also assumed that gas consumption in

21 From the Iroquois Pipeline website: www.iroquois.com
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New England during June — September would increase through 2010 and 2020 as
projected by the ABO 2007. The results of this analysis are shown in the exhibit below.

Exhibit 2-13. Average Annual Gas Imports Entering New England Compared to
Average Consumption in Summer ~June~September; Bef per day)

Actual
Average Projection
2004-06 2010 2020

Pipeline Supply (a)
Iroquois Pipeline to NE (c) 0.416 0391 0,391
PNGTS, Pittsburg, NH 0070 0.085 0.085
M & N: excluding Canaport LNG Q.2~ QL~i.

Pipeline Volumes entering NE first 0.782 0.777 0,777

LNG Imports
Distrigas imports (a) 0.433 0.466 0.466
Canaport Imports to US 0.000 0.500 0,500
One of the proposed Mass. LNG Project Completed 2~ZQ Q~4QQ• LNG Volumes Entering Ne~ England 0.433 1.286 1.366

Total Gas Entering New England First (a) 1.215 2.063 2.143
V V 2002-06

New England Gas Consumption June-Sept (b)
Residential, Commercial & Industrial 0.511 0.590 0,640

V Electric Generation V 1,140 1,451 1.714

New England Consumption June - Sept 1.651 2.041 V 2.354 V

(a) Gas supply projections assume no growth in each supply source.
V V Historical data; EIA Natural Gas Annual 2005 and USDOE Fossil Energy,

Natural Gas Import & Export Regulation. V V

V (b) Gas consumption projections based on 2002-06 actuals and growth rates in V

in EIA Annual Energy Outlook 2007.. V V

(c) Fraction of Iroquois supply to New England is the fraction of firm transportation V

contracts which deliver to Massachusetts and Connecticut during 2007

Under these assumptions the projected growth in new supply essentially matches and is
offset by the projected growth in demand. There is no major surplus of imports above
New England summer gas consumption levels in 2010 or 2020. Consequently, there is no
compelling reason to assume that future gas price basis differentials between New V

England and the Henry Hub would be materially less in the future than they were in the
past due to the delivery of additional supply from newLNG tcrminals proposed for New
England and New Brunswick. V V V

To be sure that the impact on pricing is not significant, a second scenario was analyzed
where most or all of the proposed Massachusetts LNG terminals came on line. In this
event, the sum of pipeline and LNG imports intQ New England could exceed V V V

consumption in New England in summer months. If that were to occur, the excess supply
would need to be transported fiom New England to the Mid-Atlantic either for direct sale
or injection into storage. This could cause New England spot gas prices to decline
relative to TETCO M-3 prices in those months, However, the decline would likely be on
the order of a few percent because rates for pipeline transportation capacity would be
discounted in the summer and some transportation would be by backhaul and exchange.
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Alternatively, the LNG suppliers might choose not to deliver supplies in excess ofNew
England demand at a price less than TETCO M-3, and instead selisome of that supply in
markets with higher prices such as Europe.

G. Forecast of Price for Retail Sectors

Cost to Supply Natural Gas to LDCs

New England LDCs use three basic supply resources to meet the sendout requirements of
their customers. These resources are (1) gas delivered directly from producing areas via
long-haul pipelines, (2) gas withdrawn from underground storage facilities (most of
which are located in Pennsylvania) and delivered by pipeline, and (3) gas stored as
liquefied natural gas and/or propane in tanks located in the LDC service territories
throughout New England.

The cost of gas delivered to an LDC using pipeline transportation and storage facilities
consists of four basic components:

• the cost of the gas commodity, which in this study is the forecast price at the
Henry Hub in Louisiana;

• the fixed demand cost of holding pipeline transportation capacity and of
storage and withdrawal capacity;

• the usage (volumetric) charges for transporting gas on a pipeline and for
storage injections and withdrawals; and

• the fraction (percentage) of volumes of gas received by a pipeline or storage
facility that is retained by the facility for compressor fuel and losses. This fuel
and loss retention increases the cost of gas above the Henry Hub price because
more volumes of gas must be purchased at the Henry Hub than is delivered to
the LDC. In the analysis that follows, the fuel and loss retention is represented
as the ratio of the volumes of gas purchased at the Henry Hub to the volumes
of gas delivered to the LDC.

The LDCs generally own the LNG and/or propane tanks and accompanying liquefaction
and vaporization facilities. Since the bulk of the New England peak gas supply comes
from LNG facilities, A]3SC 2007 focuses on them although in certain circumstances
propane is the dominant peak gas source. The LDC pays for the construction, financing,
operation and maintenance of the LNG facility as well as the cost of the gas that is loaded
into the tank as LNG.

Because of the significantly increased level of winter season requirements and the
variation in winter day requirements according to temperature, LDCs develop a portfolio
among the three gas supply resources in order to optimize reliability and cost. Generally,
long-haul pipeline transportation is used to meet customer gas requirements each month
of the year and to refill underground storage and sometimes LNG tanks during the
summer months. Much of the increased winter (November - March) gas demand from
customers is met by transporting gas from the underground storage facilities, often
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located in Pennsylvania, to the LDC in New England.22 LNG and propane. facilities meet
daily peaking and seasonal. requirements during the heaviest demand period, December
through February.

Of those three resources, only long-haul pipeline transportation capacity is used in
multiple applications, i.e., to provide direct supply in winter, to refill ui,~iderground storage
in summer, and to provide direct supply in summer. As .a result, in order to determine the
avoided cost of reductionsin loads in various winterand summer periods, we had to
begin by determining how to allocate the demand charges that LDCs incur for that
capacity among those multiple applicationa. Our analysis of the. average use of loi~g-haul
capacity by LDCs, presented in detail below, indicates that in winter months all Of this
capacity is used to provide direct supply while in summer months approximately 80% of
this capacity is usçd to provide direct supply and to refill storagO. Based upon that
analysis, our projections of avoided costs are based upon the following allocations of the
demand charges of long-haul pipelines:

demand. charges incurred in winter months are included. jn~the avoided costs of
winter months;

twenty perc~ht of demand charges incutred in summer months are included in
the avoided costs of winter months, corresponding tO the approximately 20%
of physical capacity not being used in the summei either to iefihl storage or
provide duect supply,

• demand charges associated with the quantity of long-haul capacity used to
refill undergiound storage in summer aie included in the avoided costs of gas
stored underground. (The cost of that stored gas is ultimately included in the
•avoided costs of winter months);

• demand charges associated with the quantity of long-haul capacity used to
piovide d~rect supply in summer are not included in the avoided costs of
summei months because our analysis indicates that demand charges for this
capacity cannot be avoided

ii. Sector-Specific Avoided NaturaJ Gas Price Forecast

This section discusses forecasts of the avoided costs of natural gas saved by energy
efficiency programs for the period 2007 through 2022 for both <1) gas dçlivered to New
England local distribution companies (LDCs) and (2) the avoided cost of gas at the retail
level delivered to end-users of gas The avoided costs are calculated as a weighted
average cost of the marginal natural gas supply sources during specified seasonal and
peak-day costing periods

The avoided cost of gas to an LDC is the cost of the marginal source of supply foi the
relevant cost period. For this analysis, the long-run avoided cost was estimated because
efficiency improvement is a long-term effect that can allow an LDC to avoid both the

22 LOCs acquire pipeline and storage services through a portfolio of contracts whose. terms and conditions

are regulated by the Fede~a1 Energy Regulatory Commission ~FERC),
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short-run variable costs and also some, but not all, of the long-term fixed costs of gas
supply sources. The marginal cost (avoided cost) was computed for each month and for
the peak day. The avoided cost is the cost of delivering one dekatherm of gas to the LDC
via the three resources in each month. For each of the winter months, November through
March, when gas is supplied by the three resources, the marginal cost is the weighted
average of the costs for each supply source depending upon the fraction of total volumes
of sendout provided by each source. By computing the weighted average, the approach
taken in AESC 2005 was mirrored by assuming that the LDCs have optimized the mix of
supply sources and thus both fixed and variable costs are avoided in the mix of all three
of the supply sources for a long-term efficiency improvement.23

In this forecast, the approach of AESC 2005 was applied in some areas, but not in others.
For example, a different approach was taken when computing the avoided cost of each
cost period. AESC 2007 estimates the avoided cost for each month and averages the
monthly avoided costs.

Similar to AESC 2005, it was assumed that the marginal source of gas to New England
LDCs from the Henry Hub is transportation and storage on either of the Tennessee Gas
Pipeline (TGP), for LDCs in Northern and Central New England, or the route of Texas
Eastern Transmission (TETCO) and Algonquin Gas Transmission (AGT), for LDCs in
Southern New England.24 While proposed LNG receiving and re-gasification terminals in
New England and New Brunswick will likely be new gas suppliers to New England, it is
not likely that they will establish the avoided cost of gas supply to New England. Rather,
the price of gas from these new terminals will be set by the price of gas in New England
supplied by TGP and TETCO-ALG,25

23 In a short-run marginal cost analysis only variable costs can be adjusted and thus the avoided cost is

determined by the one supply souice which has the highest variable cost.
~ Northern and Central New England is Massachusetts, New Hampshire and Maine; Southern New

England is Connecticut and Rhode Island.
25 Unlike in the past, the Federal Energy Regulatoty Commission has decided that LNG terminals will not

need to offer open access services and will be able to sell LNG at market prices. In a similar fashion the
Maritimes & Northeast pipeline expansion is contracted by Repsol YPF, which is the provider of the
LNG to the Canaport LNG terminal in New Brunswick. Thus this LNG will also be sold at market
prices in New England.
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AESC 2005 (a)
AESC 2007
Percent difference
2005 to 2007

AESC 2005 (a)
AESC 2007
Percent difference

2005 to 2007

Northern and Central New. England
10.26 9.15 8.84 8.57
9,04 8.86 8,56 8,39

-11.9% -3.2% -3,1% -2.1%

Southern New England
10.88 955 9,18
9.41 9.18 8,83

ne -13.6% ~3.8% -3,7% -2.8%

Tennessee Gae Pipeline
6.79 6.77 6,74
7.12 7.16 7,15

4.9% 5,8% 6.1% na -2.4%

8.12
8.01

-1.4%

The winter season avoided costs in AESC 2007 are up to 13% less than in AESC 2005.
This is primarily due to differences in the allocation of pipeline demand charges in AESC
2007 as compared to AESC 2005 AESC 2005 allocated all 12 months of pipeline
demand costs to the winter cost periods while AESC 2007 did not In contrast, as
described in detail eat her in Section 2 G i , AESC 2007 effectively allocated 5 winter
months of pipeline demand charges, plus the portion of summei month pipeline demand
charges not used for direct supply to summer load, to the winter cos.t periods.

AESC 2007 summer season avoided costs were up to 7% greater than those in AESC
2005, due mostly to the higher forecast Henry. Hub gas price inAE’SC 2007. In Exhibit 2-
14, the avoided cost in Southern New England is greater than that in Northern and
Central New England due to the greater demand and usage rates of TETCO and AGT
relative tO those of TGP. Similar to AESC 2005, AESC 2007 does not include an
allocation of demand charges of long-haul transportation in the avoided Qosts for the
summer season (April — October).

26 Costs were levelized over the years 2005 —20.25 in AESC 2005 and the years 2007 — 2022 for AESC
2007. .

27 One dekatherm (DT) is one million BTU,
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Exhibit 2-14.Coinparison of the Levelized26 Avoided Costs for LDCs from.AESC
2005 and AESC 2007(2007$/dekathcrm27) .

.‘ , ‘. . WiNTER ‘ . ‘ SUMMER
. Peak ‘3 , ‘5. 6 ‘7 5 8 7 8

‘ ‘ Day ‘ Moffths ntis . Months Months ‘ . Months Months Months Months Annual

Dec-Feb Nov-Mar Nov-Apr ‘ Oct-Apr ‘ Msy-Sep May-Oct Apr-Oct Mar-Nov Average

(b)
92.72

(b)
110.05

(b) 8,08
‘7.47 7.86

Texas Eastern & Algonquin Route
8.88 , , 6.89 6.87 . 6.82 , (b)
8,63 7,14 7,18 7.17 7.54

3,7% 4,6% 5,1% na

Source of the AE$C 2005 lavelized cost Is Exh!bit 1~1 9 of the ~ESC 2005 raport, page 38.
(a) Factor to convert 2005$ to 2007 $ , 1.0847 “

(b) Leveiized costs were not provided In tha,AESC 2005 report, Exhibit 1-19,
Note: AESC 2005 tevelized eoets over the years 2005 2025. AESC 2007 ievellzed costs over the years 2007- 2022
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(a) Representative New England Local Distribution Company

For this avoided cost analysis a representative New England LDC was used to determine the fraction of customer requirements met
from each resource each month and the fraction of storage refill in each of the summer months, April through October. The
characteristics of a representative New England LDC are shown in the exhibit below.

Exhibit 2-15. Representative New England Local Gas Distribution Company Monthly Characteristics of Send-Out by Source,
Peak Month, and Storage Injection

JUL AUG SEP OCT NOV DEC JAN FEB MAR APR MAY JUN
Fractions of LDC Send-out by Source Each Month

Pipeline Deliveries, Long-haul i.oo 1.00 1.00 1.00 0.86 0.64 0.50 0.52 0.68 1.00 1.00 1.00
Underground Storage o.oo 0.00 0.00 0.00 0.11 0.33 0.40 0.39 0.30 0,00 0~00 0.00.
LNG and Propane Peaking Supply 0.00 0.00 0.00 0.00 0.03 0.03 0.10 0.09 0.02 0.00 0.00 0.00

Total 1.00 1.00 1.00 1.00 1.00 1.00 1.00 1.00 1.00 1.00 1.00 1.00

FractionofAnnualSendouteachMonth 0.032 0.034 0.036 0.062 0.096 0.143 0.174 0.151 0.114 0.077 0.046 0.035

Monthly Sendout as a Fraction of Peak Month 0.184 0.195 0.207 0.356 0.552 0.822 1.000 0.868 0.655 0.443 0.264 0.201

Fraction of Underground Storage Injection by Month 0.170 0.170 0.140 0.100 0.000 0.000 0.000 0.000 0.000 0.080 0.170 0.170

Sources:
(a) Cost of Gas Adjustment filings at Department of Public Utilities for Yankee Gas Systems, Connecticut Natural Gas Company, Bay State Gas Co., NSTAR and KeySpan Energy.
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The fractions portraying the representative New England LDC were essentially an
average of the data in Cost of Gas. Adjustment filings for Yankee Gas Services Company,
Connecticut Natural Gas Corporation, Bay State Gas Company, NSTAR Gas Company
and Keyspan Energy Delivery in New England.

rb,) Avoided Cost of Gas from Each of the Three Sources

As described above, the avoided cost.(marginal cost) consisted of the commodity cost of
gas, the demand charges of pipeline transportation and storage, the volumetric cash costs
of pipeline transportation and storage, and the fuel and loss retention for the various parts
of bringing gas to an LDC.

(‘c,) Commodity Cost Inputs

For this avoided cost analysis it was assuftned that the marginal cost of the gas commodity
was the monthly price, of gas at the Henry.Hub.

~‘d,) Pipeline Rates

As described above, it was assumed that the marginal source of gas to New England
LDCs is transportation and storage on either of TGP or the route of TETCO and AGT~
The cost for transportation and underground storage is set by the ratesoharged by these
pipelines and their fuel and loss retention percentages, which are shown in the exhibit
below. It was assumed that these rates and retention percentages would persist for the
forecast period, 2007—2022. This was the same assumption as in AESC 2005.

Synapse Energy Economics — 2007 AESC ‘ . 2-
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Exhibit 2-16. Pipeline Rates for Transportation and Storage

Demand Usage Fuel & Loss (a)
$/DT)month $/DT Winter Summer

%
Texas Eastern Transmission, L.P. (b)
Transportation: FT-I, WLA - M3 Dec - Mar Apr - Nov

WLA-AAB 2,6030
ELA-AAB 2,1520
MI -M3 10.5770

Total Demand 15.3320
WLA - M3 usage (c) 0.0590 8.88 7.34

Storage & Transportation: SS-I
Reservation 5.6560
Space ($/DT/year) 0.1293 0,06 0,06
Injection 0.0324 0.89 0.89
Withdrawal (c) 0.0483 3.93 3.42

Algonquin Gas Transmission LLC (d)
Dec - Mar Apr - Nov

Transportation: AFT-I (FT-I WS-1) 65854
Usage (c) 0,0128 1.37 0.65

Tennessee Gas Pipeline Company (e)
Nov-Mar Apr-Oct

Transportation FT-A
Zone I (LA) to6 15.15 0.1503 7.82 6.67
Zone I (LA) to 4 10,77 0.1014 5.90 5.06
Zone 4 to 6 5.89 0.0834 2,17 1.92

Storage FS - Market Area
Reservation 1,15
Space 0.0185
Injection 0.0102 1.49 1.49
Withdrawal 0,0102

Sources and Notes:
(a) Fuel and loss is applied to volumes received.
(b) FT-I: Tariff Sheet Nos. 30 & 31 effective February 1,2007 and Sheet Nos. 126 & 127 effective December 1,

SS-I: Tariff SheetNo. 52 effective February I, 2007 and Sheet Nos. 126 & 127 effective December 1,2006.
(c) Includes ACA charge of $00016 per DT, which are included in TGP listed rates.
(d) AFT-I: Tariff Sheet No, 22 effective October 1 2006.
(e) FT-A: Tariff Sheet Nos, 23 effective July 1, 2006, Sheet No. 23A effective October 1, 2006 and

Sheet No. 29 effective March 1, 1997; FS: Sheet No. 27 effective July 1, 2006.

(e) Long-haul Pipeline “Cash” Costs

Gas is delivered to the LDC each month by pipelines from producing areas, in this
analysis assumed to be the Henry Hub.28 “Cash cost” means the avoided cost of
transportation arising from pipeline usage charges, which are paid for each dekatherm of
gas transported, and the demand charges allocated to that month, which pay for the
reservation of pipeline capacity whether used or not. The avoided commodity cost of gas
purchased was the price of gas at the Henry Hub that month multiplied by the ratio of the

28 Rate schedules assumed for the long-haul transportation: TETCO, FT-I from zone WLA to zone M3;

AGT, AFT-I (FT-i) and TGP, FT-A from zone ito zone 6.
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• Henry Hub volume purchased to one dekatherm of gas delivered to the LDC. Because of
the retention of gas for fuel and loss in both transportation md storage, more than one
dckatherrn of gas must be purchased at the Henry Hub in order to deliver one dekatherm
to the LDC.

This ratio of gas volumes purchased at the Henry Hub to one dekatherm of gas delivered
to the LDC was established by the fuel and loss retention percentages of the various
pipeline transportation and storage services used between the Henry Hub. and the LDC.
For example, assume that the gas is transported by two pipelines: A and B from the
Henry Hub to the LDC, The fuel and loss percentage is 6% for~A (Fa) and 4 percent for
pipeline B (Fb). The fuel and loss amount taken by the pipeline is based on the volumes
received by the pipeline (R~ while the demand and usage charges are based on the
volume of gas delivered by the pipeline (D). In order to compute the ratio of gas received
to that delivered the following equations were used:•

(1) D=R-FR

(2) D=R(1-F)

(3) R/D= 1/(1-F)

For pipeilne A; Ra/Da 1/(1-.06) = 1:0638; orRa= 1.0638 Da

For pipeline B; Rb/Db 1/(1-.04) 1.0417; or Rb = 1.0417 Db

Since Db is the amount delivered to the LDC, Ra/Db or the ratio of the amount to
be purchased in the field to the amount delivered to the LDC is what needs to be
computed.

Since: Rb = Da

Ra ~1.O638 Da = (1,0638)Rb (1.0638)(1 .0417)Db

Thus:~ Ra/Db ~(1,0638)(1,0417) i.1082

Or: 1,1082 DT of natural gas must he purchased for each DT
delivered,

The exhibit shows the avoided costs by gas source and pipeline route.
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Exhibit 2-17. Comparison of Avoided Costs of Delivering One Dekatherm of Gas to
a New England Local Distribution Company from Three Sources of Natural Gas
and Peak Day

Texas Eastern & Algonquin Tennessee Gas Pipeline
January June January June

units
Pipeline Long-haul to LDC

Total Demand Cost of Gas Delivered to LDC 2007 $/DT $0.98 $0.00 $0.67 $0.00
Total Usage Cash Cost of Gas delivered to LDC 2007 $/DT $0.07 $0.07 $0.15 $0.15
Ratio of Gas Purchased at RH to Gas Delivered to LDC 1.113 1.085 1.085 1.071

Delivered From Underground Storage
Total Demand Cost of Gas Delivered to LDC from UG Storage 2007 $/DT $1.39 $1.16
Total Cash cost for refill + Usage Cost of Gas delivered to LDC 2007 $/DT $0.83 $0.80
Ratio of Gas Purchased to Gas Delivered to LDC 1.149 1.093

LNG Regasified Into LDC System
Total Demand Cost of Gas Delivered to LDC for LNG refill 2007 $/DT $0.90 $0.62
Total Usage Cash Cost of Gas delivered to LDC for LNG. refill 2007 $/DT $0.09 $0.19
Ratio of Gas Purchased at RH to Regaslfied Gas at the LDC 1,349 1.331

Peak Day in January From Underground Storage
Pipeline Cash Demand Cost of Gas Delivered to LDC 2007 $/DT $101.73 $84.79
Pipeline Cash Commodity Cost of Gas Delivered to LDC 2007 $IDT $0.83 $0.80
Ratio of Gas Purchased at HH to Gas Delivered to LDC 1.149 1.093

Based on pipeline rates effective April 25, 2007

AESC 2007 computed the demand cost of long-haul transportation differently from
AESC 2005 in the winter period, For the summer period, April — October, AESC 2007
had a similar assumption to ABSC 2005, but a different result due to differing
implementation of the assumption. This difference in assumptions is explained in the next
section.

(I) Summer

AESC 2005 assigned no demand charges to the avoided cost during the summer periods
(5, 6, 7 and 9 months) based upon an assumption that the market value of pipeline
capacity release in the summer would be zero. AESC 2007 also assumed that the value of
pipeline capacity release is zero in the summer, but only for the months of April —

October, which is a seven month period. The assumption that demand charges cannot be
avoided in the summer was supported by the basis differentials in the summer between
the Henry Hub and either the ALG gas spot market or the TGP Z6 spot gas market. The
basis differential for each market was enough to cover the usage charges and fuel, but
there was little or no amount remaining to pay for demand charges. This means that an
LDC would continue to pay the full demand charge in each summer month even if the
gas requirements of customers were reduced due to energy efficiency in the summer; thus
the LDC would not avoid the summer pipeline demand charges.

AESC 2005 and AESC 2007 were in agreement that there is no avoided cost of long-haul
pipeline transportation for the 7-month summer period of April — October, This forecast
differs in that AESC 2005 allocated no demand costs to the months ofNovember and
March for the 9-month summer period of March — November. In contrast, AESC 2007
considered November and March part of the winter period and did allocate demand
charges to those two months as described in the next section.
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LDCs use their long-haul pipeline transportation in the summer to. fill underground, and
sometimes LNG~ storage. Thus, some long-haul pipeline capacity is needed and used in
the summer in addition the direct transportation to the LDC from the Henry Hub.
Consequently, in AESC 2007 the costs of demand and usage charges and the fuel and
loss fraction far pipeline transportation from the Henry Hub to refill storage were
allocated to the avoided cost of underground storage.

~ Winter

AESC 2005 assumed that the full twelve months of pipeline demand charges were
assigned to each of the winter periods (3, 5, 6 and 7 months). Thus, saving a dekatherm
each day of a 3-month winter period allows ~a reduction of twelve months of long-haul
demand charges, and reducing one dekatherm per month over five months reduced
twelve months of demand charges, etc. It was believed that the AESC 2005 assumption
was aggressive since long-haul pipeline transportation is used throughout the yeai, in part
for storage fill.

Based on the typical New England LDC send-out and storage refill shown in Exhibit 2-
15, approximately 20% of the long-haul pipeline capacity used in the winter period was
flot used either for direct transportation to the LDC or for. storage refill during the seven-
month summer period. The pipeline transportation demand charges during the summer
for this 20% of unused capacity were allocated to the winter period in order to calculate
avoided costs in AESC 2007

The use of the long-haul transportation capacity .in the winter varies from about 85% in
February and March to 100% in December. In AESC 2007, thepipeline transportation
demand charges, including the 20% from summer demand charges, were a1l~cated to
each of the five winter months according to the use of the capacity by month. As a result,
the avoided transportation demand cost varied among the five winter months with the
month of heaviest use, December, receiving the largest allocation of demand charges.

(h) Underground Storage

Natural gas is delivered to the LDC from underground storage during the five winter
months of November.throughMarch as sbown in Exhibit 2-15. For both TETCO and
TGP, the underground storage is located in Pennsylvania. The:avçided cost of
underground storage supply for one dekatherm in January is shown in Exhibit 2-17.

The avoided cost of underground storage included the cost of buying gas at the Henry
Hub, pipeline demand andusage charges to bring gas tothe storage facility, the cost of
injection, the demand cost of storage capacity, the demand and variable costs of
withdrawing gas from storage and the demand andvariable costs of transporting gas to
the LDC from underground storage,29

29 Rate schedules used in the calculation for the TETCO-AGT route are: TETCO, FT-i zone WLA to

zone M3; storage on TETCO and transportation to AGT, S S-i; and transportation to the LDC on AGT,
AFT-I (WS-1). Rate schedules used intheTennessee route are: TOP, FT-A zone ito zone 4; storage
on TOP, FS — market area; and transportation to the LDC on TOP, FT-A zone 4 to zone 6.
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The cost of gas injected into storage was the cost of buying gas at the Henry Hub, as
adjusted for fuel and loss retention, plus the cost of transportation to underground storage
including both demand and usage costs at 100% load factor. The cost of the gas injected
into storage was less than the average cost of gas for a year, 0.937 of the annual cost,
because gas is purchased for injection during the summer months when the price of gas is
less than average.

Pipelines bill LDCs demand charges for the capacity LDCs hold for withdrawal of gas
from storage and transportation to the LDC every month of the year, Therefore, in this
study we allocated a full year of withdrawal and transportation demand charges to the
five winter months,30 These annual demand charges were allocated among each of the
five winter months according to the relative quantity of capacity the LDC used in each
month. As shown in Exhibit 2-15, January is the peak send-out month; the other winter
months, especially November and March, experience less send-out, Thus, the demand
cost of unused capacity of storage withdrawal and of transportation capacity from
underground storage to the LDC in November and March was assigned to the sendout
during December through February based on usage each month. Similarly, the unused
capacity during December and February was assigned to the cost of withdrawing and
transporting gas to the LDC in January,

(1) LNG Peak Shaving

There are 46 liquefied natural gas (LNG) tanks in New England in addition to the
Distrigas LNG import terminal. These tanks, and to a lesser extent propane, provide peak
shaving supply for LDCs. The peak shaving avoided costs are based only on LNG in
AESC 2007. These facilities have fixed and variable costs. The estimate of avoided costs
was based on the variable costs only.

The major embedded or accounting costs of LNG send-out for peaking service are the
fixed costs of building the tank, vaporization and liquefaction capacity, and the fixed
costs of operation and maintenance. However, these fixed costs are likely to be
unaffected by reductions in gas demand due to modest-sized efficiency improvement
measures. These fixed costs are sunk costs. Moreover, LNG peaking facilities have
strong economies of scale and thus are lumpy investments, They are likely to be sized to
accommodate growth in gas send-out. In addition, the cost of changing the capacity of
send-out is the cost of vaporization facilities, which is a small portion of the total fixed
costs of the LNG peaking facility. Thus, it was assumed that the avoided cost of LNG
peaking facilities due to efficiency improvements should ignore these fixed costs.

The avoided costs of LNG peaking are the variable costs of the LNG; the cost of gas at
the Henry Hub, costs ofpipeline transport to bring gas to the LNG facility, including

~° This is true of the storage and delivery service of TETCO in rate schedule SS-1 as well at withdrawal

from storage and transportation to the LDC on TGP. However, AGT has a winter service, WS, firm
transportation from the interconnection with TETCO to New England LDCs which has demand charges
for only the five winter months. AESC 2007 reflected AGT’s five months of demand charges in its
allocation and calculation.

Synapse Energy Economics — 2007 AESC 2-
29

000269



pipeline demand charges,31 and then the variable costs of liquefaction and re-
gasification.32 The variable costs of liquefaction and vaporization are principally the gas
that is used in the liquefaction ~tàge and the vaporization stage. It was assumed that fuel
use is 1.7% for liquefaction and 3% for vaporization.

The estimated avoided cost of LNG peaking service is shown in Exhibit 2-17. The
avoided cost of LNG peaking service was materially different, much smaller, from that of
AESC 2005, which spread-the cost of 12 month storage service at the Distrigas LNG
facility over the various wirtter periods. However, Distrigas no longer offers open access
LNG storage-service, and a public tariff and accompanying rates are not currently
available. . .

(f) ‘.‘ .Peak-Day Avoided Cost , , . .

LNG peaking facilities are geneially used to meet the peak-day requirements of a New
England LDC The fixed costs wei e excluded from the estimate of the avoided costs for
the LNG facilities This modest cost, which excludes fixed costs, did not properly capture
the high avoided costs that were expected for peak day service

Consequently, peak-day avoided costs, were estimated. based on the costs of underground
storage. It was assumed that underground storage and transportation capacity to the LDC
was needed to meet ‘a -one-day peak even though the demand charges are generally. paid
for 12 months.33 Thus; in calculating the peak-day avoided cost, the demand charges for
all 12 months were allocated to the one-day peak~ The estimate-of peak-day avoided costs
is shown in Exhibit 2-17 for both the TETCO-ALG and the TOP routes

An alternative estimate of the, avoided cost of natqral gas on a peak-day to a New
England LDC is the spot market price of natural gas in New England on a peak day The
largest peak-day sendout in New England for the eight years prior to 2007 occurred on
January 15, 2004 ~ During that day the spot price of gas in ALG wa~ $63 42 per
dekatherm, and the spot price at TOP Z6 was $49 81 per dekatherm

The peak-day avoided cost estimates in AESC 2007 for Southern New England and
Northern and Central NeW England were slightly less than one-half of the peak-day
avoided cos.t estimates. in AESC 2005.~~ AESC 2005.did not specify how the peak-day
avoided cost was- calculated. However, the spot gas prices in New England for the highest
peak-day of the last 8 years supported the estimates of AESC 2007.

~ Rate schedules used fc’r the long-haul transportationof gas in the -summer to b~ liquefied are the same

as those cited for- long-haul transportation: TETCO, FT~1 from zones WLA to zone M3;’AGT, AFT-i
(FT-I) and’ TGP, FT-A from zone ito zone 6,

‘~ LDC LNG tanks are also ‘filled by hauling imported LNG from the Distrigas facility to the LNG tank by.

tanker truck. However, we assume that Distrigas will price this LNGat the LDC’s avoided cost of
liquefaction.

“ In the case of transportation of stored gas to New England on AGT, a winter service is used for which

demand charges are paid for only the five-month ‘winter period.
f” NEGA Statistics 2006, page 59.

~‘ ABSC 2005 Exhibit~ 1-15 and, 1-16, pages 35 and 36.
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(7~) Avoided Cost Forecast by Seasonal Cost Periods

In this step, the avoided costs of natural gas were determined by costing period in two of
the three geographic areas: Northern and Central New England (Massachusetts, New
Hampshire and Maine) and Southern New England (Connecticut and Rhode Island), The
avoided cost forecast for Vermont is presented later in this section. The avoided cost of
natural gas by costing period was calculated as the average of the avoided cost in each of
the months that comprise the costing period. As described earlier, the avoided cost in any
month was calculated as the weighted average of the avoided cost of gas delivered to the
LDC from each of the three sources: long-haul pipeline, underground storage, and LNG
storage.

The weightings each month are shown in Exhibit 2-15 above,36

As was done in AESC 2005, it was assumed that the avoided cost in Southern New
England was the cost of gas delivered to LDCs by the Texas Eastern and Algonquin
pipeline route. Similarly, it was assumed that the avoided cost of gas delivered to LDCs
in Northern and Central New England was provided by Tennessee Gas Pipeline.

The avoided cost forecast by seasonal cost periods for Southern New England is shown in
Exhibit 2-18. Also shown is the annual Henry Hub forecast price of natural gas. Other
than for the peak-day, the commodity cost of gas based on the Henry Hub price was the

~; largest component of the avoided cost.

Similarly, Exhibit 2-19 shows the avoided cost of natural gas delivered to LDCs in
Northern and Central New England via the Tennessee Gas Pipeline.

36 The summer periods all fall within a single calendar year; thus, the commodity cost of gas is based on

the Henry Hub price for that calendar year. However, the winter periods span calendar years. The
majority of gas delivered in the winter is from LNG and underground storage, which was purchased
during the previous summer. Thus, we assume that the commodity cost of gas is based on the Henry
Hub price from the year in which the winter delivery period begins.
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Exhibit 2-18. Avoided Costs of Gas DeliveredtoLDCs via Texas Eastern and ALG
Pipelines by Season and Cost PeriOd (2007$/dekatberm)

WINTER ‘SUMMER
Peak 3’ 5 6 7 5 6 7:9’ Annual

Year Day .‘ Months Months Months Months Months Months Months Month~ Annual Henry Hub
Dec-Feb Nov-Mar Nov-Apr Oct~Apr Mày~Sep’ May-Oct Apr-Oct Mar-Nov Average Price

2007 110,87 10.28 10.05 9.68 ‘947 7.91 7.95 7.94 8.33 8,82 7,71
2008 111,88 11.37 11.13 10.74 10.51 8.86 8.91 890 . 9.3.1 . 9.82 .8,65
20.09 . ‘. 111.35 . 10.80 .10.66 .10.10 . 9,97 8,36 8.41 8,39 . 880 . 9,30 8,16
2010 , 110.79 10.20 9.97 9.00 9:39 7.84 7.88 7.87 8.26 8.74 7.65
2011 110.31 9,68 9.46 9.10 8.89 7.38 7.43 . 7.41 7.79 8.26 7.20

2012 109.95 9.29 9.07 8.72 8:52 7.04 7,08 7.07 ‘ 7,44 7,90 6.86
2013 109.28 8.58 8,36 8,02 7.83 6.41 6.45 6.44 6,79 7.24 6.24
2014 109.34 864 . 8.42 8.09 7.89 . 6.47 6.61 6.50 6.86 7.30 .6.30
2015 109.29 8.69 8.37 . 8.04 7.84 6,42 6,46 6.45 6.80 7,25 6.25
2016 109.44 8.75 8,53 8.19 ‘‘ 799 ‘ ‘555 6,60 ‘ 6.69 ~95 . 7.40 6,39

2017 109.70 9.03 8.8,1 8.47 8,27. 6.81 6.85 .6,84 ‘ 7,20 7.66 6,64
2018 100.62 8.94 8.72 8,38 . 8.18 6.73 6.77 6.76. 7.12 . 7.58 ‘6.56
2019 ‘ 109;58 ‘8.89 ‘8.67 8.33 8.13 ‘669 “ 673 “6,72 7.06 ‘753 6.52

.2020 10.9.70 9,03 8,61 8.47 8.26’ .6.81 6.85 6.84’ . 7,20 7.66 . 6.63
2021 10981 . 9.15 8.9,2 8.58 8.38 ‘6.91 6.95 6.94 7.31’ . 7.77 .6.73
2022 . .110.08 9.43 ‘.9.21 8~.86 8.65 . 7.16 7.21 7.19 7.67 8.03 . ‘6.98

Levelized 2008-22 (a) 110.065 9.408 9,183. ..8~833: 8.628 7.141 . 7,j84 7.170 .7.543 8.009 6.961

(a) ResT (conStant $) Iskiess annual rate of return In 0/ 22168%

Exhibit 2-19. Avoided ‘Costs Of Gas Delivered to LDCs via TGP Pipeline’by Seaso.n
and Cost Period (2007$/dekath.erm) . ..

‘WINTER ‘ . . SUMMER
Peak ‘ 3 5 ‘ . ‘6 ‘ 7 5 6 7 9 Annual”

Year ‘ Day Months . Months Months Months Months Months Months Months Annual Henry Hub
Dec-Feb Nov-Mar Nov-Apr Oct-Apr May-Sep . May-Oct Apr-Oct Mar-Nov Average Price

2007 93.49 9.89 9.71 9.40 9.22 7.88 7,92 7,91 8,25 8.66 7.71
2008 94.45 10.98 10.77 10,44 10.25 8.62 8.87 8.85 9.22 9.65 8,65
2009 93.95 10.40 10.22 9.89 ‘ 9.71 8,32 8.37 .8,36 8.71 9.13 8.16
2010 93,42 9.81 9.64 ‘ 9.32 9.15 7.81 7.86 7.84 8.18 8,59 7.65
2011 . 92.96 9.31 9.13 8.83 8.65 7.36 7,40 7.39 ‘7.72 8,12 7.20

2012 92,62 8,92 8.75 8.46 8.28 7.02 7,06 7.05 7.37 7.76 6,86
2013 91.98 8,22 8.06 7.77 7,60 6.40 .6.44 6.43 6,73 7.10 6.24
2014 92.04 8.28’ 8.11 7.83 7.67 6.46 6,50 6.49 6.79 7,16 6,30
2015 , 91,99 .8.23 ‘ 8,06 7.78 7.62 6.41 6.46 6.44 6.74 7.12 6.26
2016 92.13 8.39 8.22 7.93 7.77 6.55 6.59 6.58 6,88 7,26 6.39

2017 92.39 8.67 ‘8.49 8.20 ‘8.04 6,80 6.84 6.82 7.14 7.62 6.64
2018 ‘ 92.31 8,58 ‘ 8.41 8.12 7.95 6.72 6,76 6.75 , 7,06 .7.44 6.56
2019 92.26 8,63 8.36 8.07 7.91 6.68 . 6,72 6.70 7.01 7.39 6.52
2020 92.38 8.67 8.49 8,20 8.03 6.80 6,84 6.82 7.14 ‘ 7.52 . 6.63
2021 92.49 8.76 8,61 8.31 8.15 6.90 .6,94 6.92 7.24 7,62 6.73
2022 92.74 9.08 8.89 8.59 8.42 714 7.19 7.17 7.50 7,89 6,98

Levellzecl 2008-22 (a) 92.719 9,036 8.662 8.563 8.393 7.122. 7.165 7.151 7.473 7.884 6.961

(a) Real (constants) riskless annual rate of return in %: 2,2165%

The levelized avoided cost is the cost for which the present value at the real riskiess rate
of return of 2.2165 percent has the same present value as the estimated avoided costs for
the years 2007 through 2022 at the same rate of return.
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(7,) Comparison with the AESC 2005 Avoided Cost Calculations for an LDC

Compared to the results of AESC 2005, the avoided cost projections in Exhibits 2-18 and
2-19 are generally higher for the summer periods, This is primarily due to higher
projections of Henry Hub prices in AESC 2007 compared to AESC 2005.~~ For the
winter periods, the avoided cost estimates are somewhat lower than those in AESC 2005
because less of the summer period (April — October) demand charges were allocated to
the winter period (November — March) avoided costs. In AESC 2007, 20% of the summer
period pipeline transportation demand charges are allocated to the winter period
transportation avoided costs. This allooation corresponds to the fact that, in the summer,
80% ofpipeline capacity is used for long-haul transportation to the LDC or to refill
storage and the 20% unused capacity is paid for to be available for winter period
transportation. In contrast, AESC 2005 allocated twelve months of long-haul pipeline
transportation demand charges (that is, 100% of the summer period demand costs and in
the case of the 3-month, December — February, cost period, 100% of the November and
March pipeline demand costs were also allocated to it) to each of the winter cost periods
in computing avoided long-haul transportation costs.

Exhibit 2-20 compares the avoided cost estimates for the three sources of natural gas used
by AESC 2005 and AESC 2007: pipeline long-haul, underground storage, and LNG
peaking supply during the three-month winter period (December — February) as well as
peak day supply. This comparison is for the pipeline route of TETCO and AGT.
However, the comparison of avoided cost estimates along the TGP route would provide
similar qualitative comparisons.

~ See AESC 2005 Exhibit 1-15 to compare with Exhibit 2-18 for the TETCO AGT route and AESC 2005

Exhibit 1-16 to compare with Exhibit 2-19 for the TGP route.
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Exhibit 2-20. Comparison of AESC 2005 and AESC 2007 Costs of Delivering One
.Dekatherm, of Gas to a New England Local Distribution Company via the TETCO —

ALG Route December-February from Three Sources of Natural Gas and Peak Day
V AESC 2005 AESC 2007

units
Pipeline Long-haul to LDC V

Pipeline Demand Cost , 2007$/DT $2772 V $0866 V

Pipeline Variable Cash Cost V V V 2007$/DT $0096 $0072
Ratio of Gas Purchased at NH to Gas Delivered fraction 1.095 1.113

Delivered From Underground Storage
V Pipeilné Demand Cost 2007$/DT $0886 $0953

Pipeline Variable CashCost (a) 2007$/Dr $0000 $0832 V

Rati6 of G~sPurchased at HH,to Gas Delivered fractIon. 1,000 1.149

LNG Regaslf led Into LDC System V V V V

Pipeline bernandVCàst VV V 2007$IDT V $8693 V V V
V V V Pipeline Variable Cash Cost (a) 2007$/DT $0000 $0899 V

V Ratio of Gés Purchased at RH to Gas Delivered fraction V 1.000 V 1.349 V V

Peak Day V V V

Pipeline Demand Cost V V 2007$/DT $260,521 V $101,727
Pipeline Varlhbie Cash Cost ‘(a) V V 2007$/DT V V $0832
Ratio of Gas Purchased at NH to Gas Delivered fraction , 1.149

Source: AESC 2005 TETCO and AGT charges taken from Exhibit 1-14a, Monthly Pipeline Costs page 34 V

AESC 2005 peak day, cOsts from Exhibit I ~1V5, page 35. V V V V V

Note: Conversion Vffom 2004$ and 2005$ to 2007$ used conversion factors of 1,0867 and 1.0547 respectively.
Note: Ratio of gas purchased atHenry Hub to Gas Delivered tO the LDC for VAESC 2005 is the stated fuel and loss

retention pius.one (1), which Is consistent with the calculations in the AESC 2005 worksheets. V

(a) In AESC 2007 the pipeline varIable cash posts include pipeline demand charges for refill of storage, but not The demand cost
V for dehvéry to the LDC from underground storage. V V, V V

AESC 2005 estimated the demand cost of long-haul pipeline transportation at more than
three times that shown for AESC 2007, due, as mentioned above, to the allocation of
twelve months of demand charges to the cost period. However, AESC 2007 had a higher
fuel and loss retention ratio. V V V V V V VVVV V V

The AESC 2005 underground storage cost estimates were much lower because they did V

not fully include the cost of transportation to and from underground storage. Similarly,
AESC 2005 had no fuel retention for underground storage on TETCO while AESC 2007
had a large fuel and loss retention due to including transportation and the compounding
effect upon total fuel and loss retention Of the gas moving from one rate schedule to
another as it is transported to and from storage and also injected and withdrawn from
underground storage. V V V

The cost estimate for LNG peaking in AESC 2007 was much lower than that in AESC
2005 because AESC 2007 only considered the variable costs of LDC LNG facilities as
being. avoidable and AESC 2005 used a tariff of Distrigas LNG storage as the basis of its
estimate. However, Distrigas no longer offers any open access LNG storage service with
a published tariff. V V V

Finally, AESC 2007 presented an avoided cost estimate of peak-day gas supply which is
about one-half that in AESC 2005. V V V V

(m) Avoided CoStS by End-Use V V V V

The avoided costs to LDCs by seasonal costing pcriods have been presented in Exhibits
2-18 and 2-19. The avoided COStS by end-use were developed from those LDC avoided
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costs, by applying them to the appropriate end-use profiles and adding an avoided
distribution margin, Exhibit 2-21 shows the “cross walk” of end uses to the LDC seasonal
cost periods.

Exhibit 2-21. End-Use Consumption Avoidable Cost Cross Walk
• End-Use Types Period Months

Commercial and Industrial, non-heating Annual Jan — Dec

Commercial and industrial, heating 5 month Nov — Mar

Existing residential heating 3 month Dec — Feb

New residential heating 5 month Nov — Mar

Residential domestic hot water Annual Jan — Dec

All commercial and industrial 6 month Nov — Apr

All residential 6 month Nov — Apr

All retail end uses 5 month Nov — Mar

~;This cross walk exhibit is the same as presented in AESC 2005. There may be a
difference in the way the 6-month ,winter period was defined. The AESC 2005 report did
not specify the months of each of its winter periods; however, it was confirmed that the
6-month period in AESC 2005 was October through March. This analysis followed the
approach of specifying each of the winter periods as including the coldest months in that
period or the months of highest gas send-out. In New England, April is a colder month
than October as measured by heating degree-days and April has a greater send-out than
October. Consequently, April was included and October was excluded in the 6-month
winter period in the AESC 2007 analyses.

~ Avoided Gas Costs for Each End Use Sector

The Scope of Work for this project specifies that the sponsoring gas utilities will provide
distribution charges applicable from the city gate to the burner tip to be added to the LDC
avoided costs to compute the end-use avoided costs,

Some LDCs in New England have performed studies of incremental costs, that is, the
cost of distribution which is incurred as demand increases. The conclusion was that the
incremental cost of distribution was approximately one-half of the embedded cost, This
was the same assumption employed in AESC 2005. As in AESC 2005, the embedded
cost was measured as the difference between the city-gate price of gas in a state and the
price charged each of the different retail customer types: residential, commercial and
industrial. 8

~ The city-gate gas prices and the prices charged to each retail customer type are reported by the Energy

Information Administration for each state each year.
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Exhibit 2-22 shows the estimated avoidable LDC costs, measured as 2007$ per
dekatherm, by each of the customer end-use types and combination of types listed in the
exhibit above.

(a) Real (constant$) riskless annual rate of return In %: 2.2165%

Exhibit 2-24 shows the total avoided cost by the various retail end-use types for Northern
and Central New England. The avoided cost is the sum of the avoided cost of gas
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Exhibit. 2-22. Estimate.d Avoidable LDC.Margins 2001-2005 Average
(2007$/dekatherm)

• Southern NE Northern andCentral NE
Average City Gat~2001-05 7~82 8.05~
Ave. Residential Margin 6.28 . . 5.98
Avoidable. 3.14 2.99
Ave. Commercial Margin 3.08 . 4,46
Avoidable . . 1.54 . . 2.23
Ave. Industrial Margin . 0.70. . 3.20
Avoidable 0.35 1.60
Ave. Commercial and Industrial 2.21 3.83
Avoidable : . 1.11 1.92
All retail avOidable margin . 2.00 2.41

Exhibit. 2-23 shows the total avoided costs. by the various retail end-use types and
combination of types fo~ Southern New England. The avoided cost for each retail end-use
type is the sum of the avoided cost of gas delivered to an LD.C for the cost period
associated with the end-use type plus the avoided LD.C margin for the associated end-use
type as shown in the exhibit abov~.

Exhibit 2-23. Avoided Costs of Gas Delivered to Retail Customers in Southern New
England via Texas Eastern and ALG PipeiLnes by End Use (2007$/dekatherm)

. RESIDENTIAL

Existing New Hot
Heating ~. HeaUng Water All

3-man, S-mon. annual 6-mon.

COMMERCIAL& INDUSTRIAL ALL
Non . RETAIL

Hea~ng Heating All

annual S-mon. 6-mon. 5-mon.Year

2007 13.42 13.19 . 11.96 12.82 9.92 11.16 10.79 12.04
2008 . . .14.51 14,27 12.96 13.88 10,93 12.23 1184 13.12
~009 13.94 13.70 12.44 13.32 . 10.40 11.67 11.29 12.56
2010 13.34 13.11 11.88 12.74 . . 9.85 . 11.08 10.71 11.97
2011 12.82 12.60 1.1.40 12,24 9.37 10.56 10.21 11.45
.2012 12.43 . 12.21 . 11.04 11.86 . 9.01 10.17 9.83 11.06
2013 1171 . 1t50 10,38. 11.16 .8.34 9.46 9.13 10.35
2014 11.78 11.56 10.44 11,23 8.41 9.53 9.20 10.42
2015 11.73 11.51 .1039 . 11.18 . 8,36 9.48 9.14 10.3.7
2016 11.89 11.67 10.53 1t33 8.50 .. . 9.63 9.30 10.52
2017 12.17 11.95 10.80 11.61 8.77 9.92 9.57 . 10.81
2018 12.08 11.86 .10.72 11.52 . 8.69 = . 9.83 .9,49 . 10.72
2019 12.03 11.81 10.67 11.47 8.64 9.78 9.44 10.67
2020 12.17 11.95 10.80 11,61 8.76 9.91 9.57 .

2021 . 12.29 . 12,06 10,91 11.72 8.87 10.03 9.69 . 1092
2022 12.57 12.35 11.17 12.00 9.14 10.32 9.97 11.20

Levelized 2008-22 (a) 12.547 12.322 .11.148 11.973 9.115 10.290 9.940 11.179
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delivered to an LDC in Northern and Central New England plus the associated avoided
LDC margin shown in Exhibit 2-22 above.

Exhibit 2-24. Avoided Costs of Gas Delivered to Retail Customers in Northern &
Central New England via the TGP Pipeline by End Use (2007$/dekatherm)

______________________________ _______________________ ALL
RETAIL

Year ______________________________________ 5-mon.

2007 1212
2008 13,18
2009 12.63
2010 12.04
2011 11.54
2012 11.16
2013 10.46
2014 10.52
2015 10.47
2016 10.62
2017 10.90
2018 10.82
2019 10.77
2020 10.90
2021 11.01
2022 11.30

RESIDENTIAL
Existing New Hot
Heating Heating Water All
3-mon. 5-mon. annual 6-mon.

COMMERCIAL & INDUSTRIAL
Non

Heating Heating All
annual 5-mon. 6-mon.

12.88 12.71 11.65 12.39 10.68 11.63 11.32
13.95 13.77 12.65 13.43 11.57 12.69 12.35
13.39 13.21 12.13 12.88 11.05 12.14 11.81
12.81 1263 11.58 12.31 10.51 11.55 11.24
12.30 12.12 11.11 11.82 10.03 11.05 10.74
11.92 11.74 10.75 11.44 9.68 10.67 10.37
11.21 11.04 10.10 10.76 9.02 9.97 9.68
11.28 11.11 10.16 10.82 9.08 10.03 9.75
11.23 11.06 10.11 10.77 9.03 9.98 9.70
11.38 11.21 10.25 10.92 9.18 10.13 9.85
11.66 11.49 10.51 11.20 9.44 10.41 10.12
11.57 11.40 10.43 11.11 9.36 10.33 10.04
11.52 11.35 10.39 11.06 9.31 10.28 9.99
11.66 11.49 10.51 11.19 9.44 10.41 10.12
11.77 11.60 10.62 11.30 9.54 10.52 10.23
12.05 11.88 10.88 11.58 9.80 10.81 10.51

LevelizecI2008-22 (a) 12.029 11.855 10.856 11.555 9.781 10.780 10.480 11.270

(a) Real (constants> riskless annual rate of return In %: 2.21 65%

iii. Avoided Gas Costs in Vermont.

There is one LDC in Vermont, Vermont Gas Systems (VGS), and it receives its gas from
TransCanada Pipeline at Highgate Springs, VT. The analysis of the avoided cost to the
LDC in Vermont was performed similarly to the analysis above. Based on a Purchased
Gas Adjustment (PGA) filing by VGS for the year April 2007 to March 2008, the source
of gas was determined for each month of the year by the fraction contribution each
month. Next, the marginal cost of natural gas to VGS by source for each month the
source is in operation was computed, and then volume weighted average cost was
computed by month and by specified cost period.

Each month, Vermont receives gas purchased in Alberta by TransCanada Pipeline.
During the winter months, November through March, Vermont also receives gas from
underground storage and about 20% from purchases in spot markets.

Since this avoided cost forecast was based on a forecast price of gas at the Henry Hub in
Louisiana, the basis differential (price of gas in Alberta at the AECO hub mihus the price
at the Henry Hub) was taken from the NYMEX futures maricet for the next two years,39
NYMEX shows a constant basis differential for the winter, November through March,
and a different but constant basis differential for the summer, April through October. The

~ NYMEX settlements for May 18, 2007 using basis data from the period November 2007 through

October 2009.
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average ratio of the Alberta gas price to the Henry Hub price is 0.851 for the winter and
0.895 for the summer.

The pipeline transportation rates, rates for underground storage and~~~ranspo~ing gas to
VGS from underground storage, which are used in the avoided cdst forecasts, are shown
in. the exhibit below. It was assumed that these rates would prevail throughout the
forecast period.

Exhibit 2-25. Canadian Tolls Paid by Vermont Gas Systems (US 2007$)
Demand (a) Usage Fuel & Loss
$/DT/Month $/DT percent

Firm Transportation

Long~H~ul $26.7991 $00670.. (b) 5.00% (c)
From storage $6.6080 $Q,0130:(b) 1.00% (c)

Storage

Injection V V $0.0058 (d) 0.60% (d)
Space V V $0.0403
Withdrawal V $47789 $00058 (d) 0.60% (d) V

V (a) Imputed from Vermont Gas Systems PGA filing V

V (b) .TransCanada Approved Tolls effectiveAprjl 1., 2007
V (c) TransCanada Website; estimated.. Fuel is actual arid changes each month.

(d) Union Gas Rate M12 effective January 1, 2007. V

Note: U$$IDT is calculated as .96116 of CD$/GJ V V V V V

Based on the VGS PGA filing, as in other New England LDCs, long~hau1 transportation
is used at about 80 percent load factOr in the summer months for refilling undergroUnd
storage and direct deliveries of gas to VGS Thus, 20% of summer pipeline demand
chat~ges are allocated to the winter.long-haul pipeline transportation avoidable costs. The
costs of underground storage include the costs of transportation of gas to fill storage, the
cost of storage, and the cost of transportation from størage to VGS. However, according
to the PGA filing, demand charges are paid 12 months a year for the storage withdrawal
capacity and transportation from, storage to VGS, which are the same assumptions used
for both TETCO and TGP. (Transportation of stored gas from the terminus of TETCO to
LDCs onAGT uses winter service which has only 5 monthsof demand charges.) V

Purchases of gas in the spot market make up slightly more than 20% of the Vermont
winter gas supply The prices of these spot purchases were esUmated by the ratio of the
estimated spot p1 ice for the October 2007 — March 2008 winter months to the 2007
annual 1-lenry Hub gas price. The components of the avoided costs by the three sources Of
gas to Vermont are shown in Exhibit 2-26.
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Exhibit 2-26. Comparison of Costs of Delivering One Dekatherm of Gas to Vermont
Gas Systems from Three Sources of Natural Gas and Peak Day

TransCanada Pipeline
January June

units
Pipeline Long-haul to LDC

Pipeline DemandCost of Gas Delivered to LDC 2007 $/DT $1.13 $000
Pipeline Usage Cost 2008 $/DT $0.07 $0.07
Ratio of Gas Purchased in Alberta to Gas Delivered to LDC 1.053 1.053

Delivered From Underground Storage
Pipeline Demand Cost of Gas Delivered to LDC 2007 $/DT $1.98
Pipeline Commocity Cost of Gas Delivered to LDC $1.49
Ratio of Gas Purchased to Gas Delivered to LDC 1.076

Spot Purchases of Gas based on 2007 Henry Hub Price 2007$/DT $9.49

Peak Day in January From Underground Storage
Pipeline Cash Demand Cost of Gas Delivered to LDC 2007 $/DT $137.22
Pipeline Cash Commodity Cost of Gas Delivered to LDC 2007 $1DT $1.49
Ratio of Gas Purchased at HH to Gas Delivered to LDC 1.076

Based on pipeline rates effective April 1, 2007
Note: Fuel and Loss retention is estimated as an annual average.

:AESC 2007 then estimated the avoided cost of natural gas delivered to VGS by month
for the forecast period and summarized the avoided costs by cost period and year as
shown in Exhibit 2-27.

Exhibit 2-27. Avoided Costs of Gas Delivered to Vermont LDC via the
TransCanada Pipeline by Season and Cost Period (2007$/dekatherm)

WINTER SUMMER
Peak 3 5 6 7 5 6 7 9 ________ Annual

Year Day Months Months Months Months Months Months Months Months Annual Henry Hub
Dec-Feb Nov-Mar Nov-Apr Oct-Apr May-Sep May-Oct Apr-Oct Mar-Nov Average Price

2007 145.66 9,25 9,01 8.64 842 6.86 690 6.89 7.28 7.77 7.71
2008 146.50 10.20 9,95 9.56 9.33 7.69 7.73 7.72 8.13 8.65 8.65
2009 146.06 9.70 9.46 9.08 8.86 7.25 7.30 7,28 7.68 8.19 8.16
2010 145.59 9.18 8.94 8.57 8.36 6,80 6.84 6.83 7.22 7.71 7.65
2011 145.19 8.73 8.49 8.14 7.92 6.41 6.44 6.43 6.81 7.29 7.20
2012 144.89 8.39 8.16 7.81 7.60 6.11 6.14 6.13 6.50 6.98 6.86
2013 144.33 7.76 7.54 7.20 7.00 556 5.60 5,59 5.94 6,40 6.24
2014 144.38 7.82 7.59 7.26 7.05 5.61 5.65 5.64 6.00 6.45 6.30
2015 144.34 7.78 7.55 7.21 7.01 5.57 5.61 5.60 5.95 6.41 6.25
2018 144.46 7.91 7,68 7.35 7.14 5.69 5.73 5.72 6.08 6.54 6.39
2017 144.68 8.16 7,93 7.69 7.38 5.91 5.94 5.93 6.30 6.77 6.64
2018 144.62 8.08 7.86 7.51 7,30 5.84 5.88 5.87 6.23 6.70 6.56
2019 144.58 8.04 7.81 7.47 7,26 5.80 5.84 6.83 6.19 6.65 6.52
2020 144.68 8.16 7,93 7.58 7.38 5,91 5.94 5.93 6,30 6.76 6.63
2021 144.77 8,26 8,03 7.68 7.47 6,00 6.03 6,02 6,39 6.86 6.73
2022 145.00 8.51 8.28 7.93 7.71 6.22 6.25 6.24 6,62 7.09 6,98

Levelized (a) 145,03 8.55 8.31 7.96 7.75 6.24 6.28 6.27 6,65 7.12 7.02

(a) Real (constant 0) rlskiess annual rate of return In %: 2.2165%

Synapse Energy Economics — 2007 AESC 2-
39

000279



As in the other LDCs of New England, the ~avoided retail cost of gaswas also estimated
for VGS. The retail avoided.oost is the LDC avoided cost plus the LDC avoided margin.
As in the other LDCs, the LDC avoidedmargin was estimated as one-half the embedded
LDC cost as shown in Exhibit 2-28,

Exhibit 2-28. Estimated Avoidable LDC Margins for Vermont 2001-2005 Average

Average City Gate 2001-05 5.80
Ave. Residential Margin 5.78
Avoidable . 2.89
Ave. Commercial Margin 3.37
Avoidable 1.68
Ave. Industrial Margin 0.23
Avoidable . , o~ii
Ave~ Commercial and Industrial 1,77.
AvOidable 0.88
All retail avoidable margin 1.64.

The avoided costs to the specified retail customer types ate shown in Exhibit 2-29

Exhibit 2-29. Avoided Costs of Gas Delivered to Retail Customers in Vermont via
the TransCanada Pipeline by End Use :(2007$/dekatherm) .,

(a) Real (constant $) riskiess annual rate of return in %: 2.21 65%

The levelized avOided retail costs in Vermont for AESC 2005 and AESC 2007 are
compared in Exhibit 2-30. AESC 2005 did not present the avoided gas costs to the LDC
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(2007$/dekatherm)

RESIDENTIAL
Existing
Heating

Year 3-mon.

New. . Hot
HeatIng Water
5~mon. annual

All
6-mon.

COMMERCIAL & INDUSTRIAL
•~ Non
Heating Heating All

~ annual 5-mon. .. 6-mon.

2007
2008
2009
2010
2011
2012
2013
2014
2015
2016
2017
2018
2019
2020
2021
2022

12.14
13.09
12.59
12.07

.11.62
11.28
10.65
10.71
10.67
10.80
11.05
10.98
10.93
11.05
11.15
11.40

tL9O
12,84
12.35
11.83
11.38
11,05
10.43
10.49
10.44
10.58
10.82
10,75
10.70
10.82
10.92
11.17

10.66.
1.54

.11.08
10.60
10.18
9.87
9.29
9.34
9.30
9.43
9.66
9.59
9.55
9.66
9.75
9,98

11,63
12.45
11.97
11,47
11.03
10.70
10.09
10.15
12.10
.10.24
10.48
10.40
10.36
10.48
10.57
10.82

10.85

8,65
9.53
9.07
8,59
8,17
7.86
7.28
7.33
7.29
7.42
7.65
7.58
7.54
7.65
7.74
7.97

9.89
10.83
10.34
9.82
9.38
9.04
8.42
8.48
8.43
8.57
8.81
8.74
8.69
8.81
.8.91
9.16

ALL
RETAIL

5-mon.

10.65
11,58
11.09
10.58
1.0.13
9.79
9.17
9.23
9,19
9.32
9.57
9.49
9,45
9.57
9.67
.9.92

9.95

9;52
10.44
9.96
9.46
9.02
.8,69
.8.08
8.14
8.10
8.23
8.47
8.40
8.35
8.47
8.57
8.81

Levelized (a)’ 11.44 11.20 10.01 8.00 9.19 8,84.
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in Vermont or the LDC margins. Thus, a detailed explanation of the differences of the
two forecasts is difficult, Two possible differences are: (1) the more detailed, and
probably higher, pipeline transportation and storage cost estimates in AESC 2007
compared with AESC 2005 and (2) what may be quite different estimates of LDC
margins.

Exhibit 2-30. Comparison of AESC 2005 and AESC 2007 Levelized Avoided Costs
of Gas Delivered to Retail Customers in Vermont by End Use (2007$/dekatherm)

_______________________________ COMMERCIAL &_INDUSTRiAL
Non

Heating Heating
______________________________________ annual 5-mon. __________

AESC 2005 (a)
AESC 2007
Percent difference
2005 to 2007

$9.78 $9.70 $9.62 $9.70
$11.44 $11.20 $10.01 $10.85

17,0% 15.4% 4.1% 11.8%

$8.53 $8.62 $8.57
$8.00 $9.19 $8.84

-6.2% 6.7% 3.1%

$9.20
$9.95

8.2%

Source of AESC 2005 levelized retail avoided costs is Exhibit ES-3, page 5, for 15 years levelized.
(a) Factor to convert 2005$ to 2007 $ 1.0547
Note: AESC 2005 levelized costs for 15 years, 2005-2019. AESC 2007 levelized costs for 16 years, 2007-2022.
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3. CrudeOiI Price Forecast
This Chapter provides a projection of crude oil prices.

A. Methodology & Assumptions.
The starting point for the crude oil price forecast was the Reference Case forecast in the
Energy Information Administration (ETA) Annual Energy Outlook 2007 (ARO 2007)
The exhibit below shows that the AEO 2007 Reference Case forecast of low sulfur light
crude oil prices through 2020 is close to, but slightly higher than, the projections fiom a
number of other sources. Due to ~xpectations of continued growth in world oil
consumption and projected continuation of high costs of developing new reserves, the
AEO 2007 Reference Case forecast of crude oil provides a good starting point for this
forecast.

Exhibit 34. World Crude Oil Price Forecasts (2007$/bbl)4°
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As a first step, the AEO 2007 near term prices were compared with those from the futures
markets, West Texas IntermOdiate (WTI) crude was the futures price that was used since
it is actively traded and the pric~ in the past has been vc~y close to that of the. low-sulfur
light crude used in the AEO 2007 Reference Case. The futures prices were very stable in
nominal dollars for 2008 through 2012 at around $66/bbl, as shown in the exhibit below.

40 Data provided in ABO 2007, Table 19, page 106; found at:

htt.p://~nvw.eiacloeaov/oiaf/aeo/vdf/0383(2007).pdf, EEA refers to Energy and Environmental
Analysis, Inc., LEA refers to the International Energy Agency, GIL refers to Global Insights, Inc., SEER
refers to Strategic Energy and Economic Research, Inc., EVA refers to Energy Ventures Analysis, Inc.,
and DB refers to Deutsche Bank AG.
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Exhibit 3-2. West Texas Intermediate (WTI) Crude Future Swap Prices (2007$/bbl)

—*—AEO 2007 LightCrude
—e——WTI Futures 3/13/07

Taking this discrepancy into account, the AESC 2007 forecast of crude oil prices reflects
futures prices in the short term (2007-20 12) and the ABO 2007 forecast in the long-term

NYMEX ClearPort market prices as ofMarch 13, 2007,
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By comparison, the AEO 2007 oil forecast prices for 2007 through 2009 were 14% to 3%
higher than the equivalent futures prices as of mid-March 2007, as presented in the
exhibit below.4’ This discrepancy was attributable to changes in the market perspectives
between late 2006, when the AEO 2007 analysis was prepared, and the curront outlook

.:for crude oil.

Exhibit 3-3. Oil Price Forecast Comparison ~2OO7$/bbl)
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(201.3-2022). As with the. natural gas foreca~t~ it Was reasonable to adjust the near term
forecast to.represent current market conditions, but’ for the longer term use, one more
based on fundamentals. This adjustment followed the futures prices out through 201242
which were above the AEO price,’and then followed the trend of the AEO forecast.

B. Results

The graph below presents the crude oil price forecast relative to the ABO 2007 Reference
Case forecast arid t6 the’ AESC 2005 forecast. Both the AESC 2005 and the AESC 2007
forecasts are at a low point around 2015 and rise slowly thereafter.

Exhibit 3-4. Price Forecast of Imported Crude Oil Price (2007$/bbl)

— —~— AESC 2007 proposed
~ 40 ‘

-~—i-—AESC 2005
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42 As of early July 2007 the futures prices for crude oil were somewhat higher than the March 13 prices

used to develop the AESC 2007 crude oil forecast, but not suffloiently~different to warrant modif~’ing it.
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4. Forecasts of Other Fuel Prices
This chapter provides a projection of fuel prices for electric generation as well as for
retail end-use sector.

A. Methodology & Assumptions
The starting point for the forecasts of other types of fuel oil, coal, and fuel wood prices
was the Reference Case forecast in the Energy Information Administration (EIA) Annual
Energy Outlook 2007 (ABO 2007), The Reference Case forecast of AEO 2007 provides
forecasts for prices of residual fuel, distillate fuel, and coal used to generate electricity in
New England. This forecast also provides projections of petroleum product prices for the
residential, commercial and industrial sectors in New England.

The AESC 2007 forecasts of petroleum product prices were derived by adjusting the
ABO petroleum product prices in proportion to the difference between the AEO crude oil
and the AESC 2007 crude oil forecasts, This adjustment was made because petroleum
product prices strongly reflect underlying crude oil prices. The AEO coal price forecasts
were not adjusted.

To identify locational differences we analyzed the actual prices by sector by state from
1970 through 2004, which was the most recent historical data available from the ETA
State Energy Data System (SEDS).43 SEDS is the most complete and consistent source of
state-level energy prices. This review did not show consistent price differences between
states for most products. There were two possible exceptions. One was for distillate fuel
in New Hampshire, which for the last ten years has been about 6% below the New
England average. Theother was for residential prices for LPG which has been about 10%
below the New England average for New Hampshire & Vermont, whereas for Rhode
Island they have been about 15% above the average.

For commercial and industrial users the differences are much smaller and vary positive
and negative from year to year. For years before 1995, the residential price differences
between states were negligible and the relative rankings varied from year to year. Thus,
the more recent retail locational price differences appear to be related to changes in the
markups associated with competitive factors in the residential marketing and distribution
systems in the various states. These differentials may or may not persist in the future. For
this study, it was assumed that because of fundamentals, the end-use prices for all
petroleum products across New England will be roughly the same. Thus, a sin~le New
England price by sector for the various oil-based products was recommended, ‘~

The SEDS data for the five years 1999-2003 was also used to analyze the markups
between petroleum product prices and crude oil prices. This analysis showed that the

‘~ http://www.eia.doe.gov/emeu/states/seds .html

~ The AESC 2005 report had no differences in LPG costs between parts ofNew England. That report did

have differences in distillate oil prices that are not reflected in our analysis of the historic data.
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markups had both fixed and variable components. However, the underlying crude oil
prices (in real terms) for the forecast period are abouttwice the historic ones. Therefore,
caution is appropriate when extending historic markups from a limited period to a longer
future period with much higher baseprices. Thus forthe AESC forecasts, the ABO
product versus crude markup ratios were used to calculate future petroleum product
prices relative to the cost of crude oil.

EIA forecasts have reflected the recent sharp increase in oil prices.45 For example, the
•forecasts of oil prices in 2020 increased by 54% from 2005 to 2006, but are essentially
unchangedin the latest ABO. These forecasts along with the actual Refiners Acquisition
Cost ~RAC) for 2002 through 2006 are shown in the figure below~ . Note the AEO 2007
estimate for 2006 was a little abovethe actual RAC.

Exhibit 4-1, Crude Oil Price ForecastComparisons (2007$/bbl)

/~~L
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Since crude oil prices do not show a monthly/seasonal variation but rather reflect the
woi id market, neither monthly nor seasonal price variations for petroleum products were
developed Seasonal demand for petroleum products is fairly predictable and storage for
petroleum products is relatively inexpensive, which tends to smooth out variations in
costs relative to market prices Price variations can also be hedged with futures contiacts
and the like

i. No. 6 Residual Fuel Oil Price Forecast

The AEO price forecast for residual oil was half the price of crude oil on a per Btu basis.
While residual oil, especially high sulfur, typically sells below the price of crude oil, a

~ Crude oil products were not defined the same way in the four studies, but we have adjusted them to be

comparable. ABO 2005 reported the World Oil Price, The AEO 2007 nearest equivalent was called
Imported Crude Oil. The AESC 2007 price represents.a conversion to the A130 2007 Imported. Crude
equivalent The ABSC 2005 price was identified as the Refiners Acquisition Cost (RAC)
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50% differential was not supported by any available market data, In looking at the
historic ratio of residual oil to crude oil prices for the period 1992 through 2006, the high
sulfur residual ratio is closer to 70%, Therefore, the price of residual oil for electric
generation was calculated based on the historic price ratio.

ii. No. 2 Distillate Fuel Oil Price Forecast

The ABO forecast price for distillate fuel falls below the forecast price for crude oil in
about 2015, This was not credible. Therefore, a price for distillate oil was developed
based on its recent historic ratio to the crude oil price.

iii. Coal Price Forecast

The AEO 2007 Reference Case forecasts fairly flat prices for coal in New England with a
slight decline after 2010. This was determined to be a reasonable forecast. The United
States has substantial coal resources and coal prices have been relatively stable over a
long time period without the volatility seen in oil and natural gas prices.

Although coal prices tend to be fairly stable now, they have changed in the past. On a real
dollar basis, coal prices declined by 50% from 1980 to 2000 as shown in the exhibit
below. This mainly reflects various technical efficiencies in coal mining operations and a
:shjft to western coals.

Exhibit 4-2. Historic Coal Prices (2007$/MMBtu)
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However, since 2000 coal prices have increased to levels equivalent to prices of the mid
1980s and are expected to stay at these higher levels. In 2006, coal prices stabilized and
expectations are that they will remain at these levels. This was reflected in the NYMEX
Central Appalachian Coal Futures through 2009. While coal at the mine mouth is
relatively cheap on an energy basis, it is expensive to transport. Also, coal demand is
unlikely to increase significantly because of environmental concerns. Coal is more
expensive in New England because of the transportation costs and as a result provides
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18% of the electric generation in New England which is a lesserfraction than most other
parts of the United States. Since AEO 2007 coal prices are essentially flat and consistent
wi.th historic experience and market behavior, they were used in this analysis.

The exhibit below compares various coal price forecasts for 2015 and 2025, showing that
the AEO Reference forecast is in the middle of the range.

Exhibit 4-3. Coal Price Forecasts for Electric Generation (2007$/MMBtu) ~
2,50

0.50

46 EIA Annual Energy Review 2007, Table 24, Comparison of Coal Projections.
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iv. Biofuel Price Forecasts

Biofuel blends are a mix of a petroleum product, such as No. 2 distillate oil or diesel, and
an oil-like product derived from an agricultural source (e.g., soybeans). They are
relatively new to New England and are being sold as heating fuels in competition with
No. 2 distillate and as transportation fuels. These products are usually labeled “B”+”NN”
where NN is the percent agricultural-derived component. Thus “B20” represents a
product with a 20% bio component, The biofuel product of most interest is biodiesel. It is
similar to No. 2 distillate fuel oil and used primarily for heating. Currently B20 is being
sold as a heating oil product by Mass Energy at about a 9% premium to conventional
heating oil on a per gallon basis. However, the biofuel heat content is about 2% greater,
so the net premium is about 7%. A review of the relative national prices for biodiesel B20
compared to regular diesel from the DOE Alternative Fuels Data Center47 shows that.on a
heat rate basis the relative premium over the last year has varied from -1% to +3%.
Since biofuels are both premium fuels (from an environmental standpoint) and sub~
premium fuels (from a performance standpoint) and compete in a much larger market, an
appropriate premium (positive or negative) to apply to their prices relative to the
equivalent conventional fuel cannot be determined at this time. There is also the
economic argument that the prices will equilibrate in the market. Thus, the prices of
biofuels are forecast to be the same on an energy basis as the equivalent competitive fuel.

~v. Fuel Wood Price Forecast

Prices for fuel wood can have great variability based on location, time of year, and
quality (green or dry). A number of fuel wood dealers in New England were surveyed
with the result being a wide range of prices. Additionally, it was very difficult to get any
information from the dealers about historical prices or future price expectations.

As a result, historical data was leveraged. The ETA SEDS data provides state fuel wood
prices by sector, In reviewing this data, there was a very strong and consistent
relationship between distillate oil and fuel wood prices.

The following graph shows the historic relationship between No. 2 Distillate and fuel
wood prices in Massachusetts from 1991 through 2003.48 The correlation between the
two sets of prices is 99.4%. It is reasonable to conclude that this price relationship will
continue into the future. As a result, the forecast for fuel wood prices was based on that
for No. 2 Distillate.

~ “Clean Cities Alternative Fuel Price Report” for March 2007, October 2006, and June 2006.

www,eere,enerny.gov/afdc/
‘~ Massachusetts is the largest usei of residential fuel wood in New England. The EIA data also reports

the same wood prices for all the New England states,
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Exhibit 4-4. Massachusetts No. 2 Distillate Fuel and Fuel Wood Prices
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vi. Kerosene and Propane Forecasts

The kerosene and propane forecasts were derived from the underlying crude oil price
forecast to maintain consistency. The relative price premiums fOr thoseproduóts were
based on the price relationships projected in the AEO, 2~O7 forecasts, for N~wEng1and.
For example, if the AEO forecast showed that the price of ketosene, on an energy basis,
was 75% more than sweet ciude oil in a given year, we applied that same 75% piemium
to our forecast of crude oil prices to develop our forecast price of kprosene.

B. ResWts

The forecasts for crude oil as compared to the forecasts of specific fuels including No, 6
residual fuel oil and No. 2 distillate fuel oil and coal are shown in the exhibit below.
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Th~ forecasted prices are close to those in AEO 2007 and they are approximately 20%
higher on average than those in AESC 2005. This is primarily due to the fact that these

• forecasts are based upon a higher forecasted price for crude oil than assumed in AESC
2005. The forecasts by product by year are presented below in Exhibit 4-6. A table
containing this forecast in nominal dollars can be found in Appendix F.
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Exhibit 4-5. Price Forecasts for US Crude Oil and New England Electric Generation
Fuels (2007$)
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Exhibit 4-6. New England Average Price Forecast of Other Fuel Prices by Sector
(2007$; Revised 08/31/07)

Levellzed
(2008-2040) 46.61
(2009-2040) 1558
5 years (2008-12) 1559
‘IOyears (2008-17) 14.91
15 years (2008-22) 1485

16,24 15.61 15.61
16.20 15.58 15.58
16.21 15.59 15.59
15.51 14.91 14.91
15.45 14.85 14.85

5.59
5.58
5,58
5,34
5,32
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: No.6
Fuel No. 2 No.2 Residual Fuel No.4 Fuel Oil Propane Kerosene BioFuel BioFuel Wood

Distillate Distillate < 1% Slf

Market Retail Retail Retail Retail Retail Retail Retail
Sector Residential Commercial Commercial Commercial Residential Res& Corn 85 Blend 820 Blond Residential
Notes 1 1 2 3 4 6 6 .6 7
Year $/MMBtu $/MMBtu $IMMBtu $/MMBtu $/MMBtu $/MMBtu $/MMBtu $/MMBtu $/MIIABtu
2007 15~84 13.97 . 9.46 11.71 26.81 16.47 15:84 15.84 5.67
2008 16.43 14,49 9.82 12.15 28.76 17.09 16.43 16.43 5.88
2009 16,05 14.15 9,59 11.87 28.97 16,69 16.05 16.05 5,75
2010 15.58 13.74 9,31 11.52 29.43. 16.20 15.58 15.58 5.58
2011 15.10 13.32 9.03 11.17 29,71 15.71 15.10 15.10 5.41
2012 14.67 12.94 8.77 10.85 30.08 15.26 14:67 14.67 5.26.
2013 14.22 12.54 8.50 10.52 29,61 14.79 14.22 14.22 5.09

~ 2014 14.03 12.37 8.38 10.38 .29.63 14.60 14.03 14.03 5.03
2015 14.10 . 12.43 8.42 10,43 29.55 14,66 . 14.10 14.10 5.05
2016 . 14.16 12.49 8.46 10.47 29~60 14.73 14.16 14.16 5.07
2017 14.29 12.60 8.54 10.57 29.85 14.86 14.29 14.29 6.12
2018 14.42 12.72 8.62 10.67 . 29.76 15.00 14.42 14.42 5.17
2019 14.55 12.83 8.69 10,76 29.69 15.13 14.55 14.55 5.21
2020 14,68 12.95 8.77 10.86 29,80 15.27 14.68 14.68 5.26
2021 14.88 13.12 8,89 .11,00 29.67 15.47 14.88 14.88 5.33
2022 15.07 . 13.29 9.01 .11.15 29.82 45.68 . 15.07 15.07 5.40
2023 15.27 13.47 9.12 11.30 29.97 15,88 . 15.27 15.27 5.47
2024 15,46 13,64 . 9.24 11.44 . 30.01 .16,09 15.46 15.46 5.64
2026 15.66 13.81 9.36. 11.58 .30.02 16,29 . 15.66. 16.66 6.64
.2026 15.79 . 13.92 . 9.44 11~68 30,05 16,42 15.79 15.79 6,66
2027 15.92 14.04 9.51. 11.78 30,15 16,66 15.92 15.92 6.70
2028 16.05 14.16 9,59: 11.87 30.31 16.70. 16,05 16.05 ~. 5.75
2029 .~. . 16.18 . ~. 14,27 . 9,67 . .11.97 30,41 ‘ 16.83 16,18 16.18 5,80
2030 . . 16.31 14,39 . 9.75 12.07 30.45 16,97 16,31 . 16.31 5.84
.2031 16.48 14.63 9.85 12.19 3b.75 17.14 16,48 16.48 . 5,90
2032 . 16.64 14,68 9.94 . 12.3.1 31.06 . 17.31 16.64 16.64 6.96
2033 16.81 14.82 10.04 . 12.43 17.48 16.81 16.81 6,02
2034 16.98 1497 10.14. 12.56 . 31.68 . 17.66. 16,98 16.98 .6.08
2035 17.15 15.12 10.25 : 12.68 32,00 17,83 17.15 47.16 . 6.14
2036. 17.32 45.27 10.35 12.81 32.32 18.01 17.32 17.32 6.20
2037 17.49 15.42 10.45 12.94 32,64 18.19 17.49 17.49 6.26
2038 17.67 15.58 10,56 13.07 32,97 18.38 17.67 17.67 6.33
2039 17.64 15.73 10,66 13,20 33,30 18.66 17.84 17.84 6.39
2040 18.02 15.89 10.77 13.33 33.63 18,74 18,02 18,02 6.45

13.77 9.33 11,65
13.74 9,31 11.52
13.74 9.31 11,53
13.15 8.91 11.03
13.10 8.87 10.99

30.29
30,36
29.37
29,50
29,58

Notes
Based on adjusted AEO 2007 forecastfor New England.

2 Adjusted AEO Electrical sector forecast .

3 . Based on historic price difference râlative to DIstillate.
4 . Based on adjusted AEO 2007.forecest for Ne~ England.
5 Based on historic price difference relative to Distillate,
6 No premium or discount assIgned fàrbiofuels,
7 Based on historic relationshIp with distillate prices.

Levelizedwlth a real discount rate of: 2,22%



5. Electric Energy Price Forecast
This chapter provides our projection of electric energy prices and a description of the
modeling methodology and assumptions.

A~ Overview
The ISO New England market is part of the Northeast Power Coordinating Council
(NPCC) and includes the states of Connecticut, Maine,49 Massachusetts, New Hampshire,
Rhode Island, and Vermont. ISO New England, Inc. is the Regional Transmission
Organization (RTO) for the New England power market and coordinates several markets
for electric power products including energy, capacity, and operating reserves markets
(Regulation Up and Down, spinning reserves, ten-minute non-spinning reserves, and
thirty minute non-spinning reserves). This zonal locational marginal price-forecasting
model (Market Analytics) simulates the operation of the energy and operating reserves
markets, and produces forecasts of prices for each product. The model does not simulate
the capacity market and, therefore, it does not require assumptions regarding the capital
costs of new generation capacity, and the interconnection costs associated with such
capacity. These assumptions were developed as part of the forecast of the prices for
products in the capacity market and are discussed in the next section.

Market Analytics took as inputs the monthly regional fuel price forecasts reviewed in the
first three sections (including the regional natural gas forecast and regional forecasts for
petroleum products, coal and fuel wood). Other inputs as discussed in the Inputs section
below were incorporated in order to produce an avoided electric energy cost forecast by
state.

B. Zonal LocatIonal Marginal Price-Forecasting Model
The following section provides a high-level overview of the Global Energy Decisions
(GED)5° EnerPrise Market Analytics data management and production simulation model
functionality. The Market Analytics model was used to develop electricity avoided cost
forecasts. Market Analytics uses the PROSYM simulation engine to produce optimized
unit commitment and dispatch options. The model is a security-constrained chronological
dispatch model that produces detailed and accurate results for hourly electricity prices
and market operations.

The basic geographic unit in PROSYM is a sub region of a control area, called a
“transmission area.” Transmission areas are defined in practice by actual transmission
constraints within a control area, That is, power flows from one area to another in a
control area are governed by the operational characteristics of the actual transmission

‘~ Parts of northeastern Maine are not included in ISO New England.
50 Formerly Henwood Energy Services, Inc.
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lines involved. New England, for example, consists of eleven transmission areas,
including Southwest Connecticut as a zone The sei vice teiritories of the New England
distribution utilities are mapped onto the. transmission: areas, and hourly load data is
entered, into .PROSYM by distribution utility area. PROSYM can also simulate operation
in any number .of control areas, Groups of contiguous control areas were modeled in
order to capture all regional impacts of the dynamics under scrutiny.

PROSYM uses highly detailed information on generating units. Data on specific units in
the Market Analytics database are based on data. drawn from various sburces including
the US Energy Information Administration ~EIA), US Environmental Protection Agency
(EPA), North American Electric Reliability Corporation ~NERC), Federal Energy’
Regulatory Commission (FERC), and ISO New England databases as well as various
trade press announcements and Global Energy’s .own insight. Total existing capacity in
the Market Analytics database was compared wjth the 2007 CELT report5’ and found to
be reasonably consistent. ‘~ , . , . . . . , .

For larger units, emission i ates and opei ating characteristics are based on unit-specific
data reported to EPA and ETA ‘rather than on data based on unit type. Operating costs for
each unit aie based on plant-level operating costs reported to FERC and assessment of
unit type and age For smaller units (e g, combustion tuibines), most input data aie based
on unit type AU generating units in PROSYM operate at diffei ent heat rates
(efficiencies) at different loading levels This distinction is especially important in the
ease of combined-cycle units, which, often operate in’a:simple-cycle’rnode at low
loadings PROSYM determines the fuel a unit burns by placing each generating unit into
a “fuel group.” PROSYM does not limit the number of fuel groups used, and creating
new fuel. groups to~ simulate a few unusual units is a simple matter. ‘In. New England, for,
example, it is especially important to. model the operation of dual.fueled units as
accurately as possible.

Based upon hourly’ loads, PROSYM will determine generating unit commitment and
operation by transmission, zone based upon economic bid-based dispatch, subject..to
system operating procedures and constraints. PROSYM operates using hourly load data
and siinulates unit dispatch in chronological .order. In other words, 8,760 distinct load
levels are entered for each transmission area for each study year. The model begins on
January l’~ and dispatches generating units to meet load in each hour of the yeai Using
this chronological approach, PROSYM takes into account time-sensitive dynamics such,
.as transmission constraints and operating characteristics of specific generating units. For
example, one power plant might not be available at a given time due to its minimum
down time .(i.e., th~ period it must remain off line once it is taken off). Another unit might
not be available to a given transmission area because of transmission constraints created
by current operating con4itions. These are dynamics that~ system operators wrestle with
daily, and they often, cause generating units to be dispatched out of merit order. Few other
electric system models simulate dispatch in this kind of detail

~‘ CELT is ISO-NE’s annual 1 O~year forecast of capacity, energy, loads and ‘transmission.
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The model’s fundamental assumption of behavior in competitive energy markets is that
generators will bid their marginal cost of producing electric energy into the energy
market. The model calculates this marginal cost from the unit’s opportunity cost of fuel52
or the spot price of gas at the location closest to the plant, variable operating and
maintenance costs, and opportunity cost of tradable permits for air emissions.

PROSYM does not make capacity expansion decisions internally. Instead, the user
specifies capacity additions, which increases transparency and allows the system
expansion plans to be specified to reflect non-market considerations. PROSYM also
models randomly occurring forced outages of generating units probabilistically rather
than as deterministic capacity dc-rating, thereby producing more accurate estimates of
avoided costs, particular for peak load periods. PROSYM models generating units with a
much higher level of detail including inputs for unit specific ramp rates, minimum
up/down times, and multiple capacity blocks, all of which are critical for accurately
modeling hourly prices. This modeling capability enabled production of locational prices
by costing period in a consistent manner at the desired level of detail.

PROSYM simulates the effects of forced (i.e., random) outages probabilistically, using
one of several Monte Carlo simulation modes. These simulation modes initiate forced
outage events (full or partial) based on unit-specific outage probabilities and a Monte
Carlo-type random number draw, Many other models simulate the effect of forced
outages ~by “dc-rating” the capacity of all generators within the system. That is, the
capacities of all units are reduced at all times to simulate the outage of several units at
any given time. While dc-rating usually results in a reasonable estimate of the amount of
annual generation from baseload plants, the result for intermediate and peaking units can
be inaccurate, especially over short periods.

PROSYM calculates emissions of NOR, SO2, C02, and mercury based on unit-specific
emission rates. Emissions of other pollutants (e.g., particulates and air toxics) are
calculated from emissions factors applied to fuel groups.

C. Input Assumptions Used to Develop the Electric Energy
Price Forecast
The avoided electric energy costs were strongly dependent on the quality of the input
assumptions that were integrated into Global Energy’s zonal price forecasting model, The
input assumptions include: topology, thermal unit characteristics, conventional hydro and
pumped storage unit characteristics, renewable unit characteristics, hourly load profiles,
forecasted annual peak demand and total energy, transmission system paths and
upgrades, Reliability-Must-Run (RMR) Contracts, reserve margin multiplier, additions,

52 A number of generators have the ability to utilize a secondary fuel type. Units that are allowed to burn

gas or fuel oil are allowed to burn oil during the winter months (December, January, and February) and
burn natural gas during the rest of the year. Fuel switching only occurs if oil is the less expensive option
for these plants.
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retirements, uprates, outag~s, environmental regulations, demand response resources,
marginal cost bidding, installed capacity, and ancillary services,

i. Electric Market Zone Topology

Market Analytics represents load and generation zones at various levels of aggregation.
Assets within the Market ~Ar~alytics model, including physical or contractual resources
such as generators~ transmission links, loads and transactions, are mapped to physical
locations which are then mapped to Transmission Areas Multiple Transmission Areas
are linked by transmission paths to éreate Control Areas, For this study, New England is
represehted by 11 Transmission Areas that are ‘based on the 13 load zones as defined, by
ISO New England for the 2006 Regional Systcm Plan.5~ Neighboring regions that are
modeled in this study are New York, Quebec., and the Maritime Provinces.54 Areas
outside of New England are represented with a high level of zonal aggregation to
rninirnjze model run time. The load and generation zones as they were modeled is
presented in Exhibit 5-1.

~ Market Analytics combines western and central Maine/Saco Valley, New Hampshire and southeastern
Maine to form ME-CMP and includes Norwalk/Stamford in CT~SW.

~ The Maritimes zone includes Maine Public Service (MPS) and Eastern Maine Electric Cooperative
(EMEC) which are not part of ISO New England and, therefore, are not included in any of the New
England pricing zones used in this study. MPS and EMEC are not modeled as part of the Maine pricing
zone and were modeled as part of the New Brunswick transmission area, However, ‘the forecast energy
prices for the New Brunswick transmission area were on average within about 1% of the prices for the
modeling zones included in th6 Maine pricing zone and MPS and EMEC constitute a small portion of
Maine’s total load (approximately 6-7%). Market prices for standard-offer supply have been similar
(considering the timing of proourernent) among the three Maine utilities. Therefore, it is appropriate to
apply the avoided, costs for the Maifle pricing zone to the entire state ofMaine.
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Exhibit 5-1. Zones Used to Model New England Electric Market Prices

Region Zone Description
Designation

New BI-IE Northeastern Maine
England ME-CMP Southeastern Maine and western and central

Maine/Saco Valley, New Hampshire

NH Northern, eastern, and central New Hampshire/eastern
Vermont and southwestern Maine

VT Vermont/southwestern New Hampshire

Boston Greater Boston, including the North Shore

CMA/NEMA Central Massachusetts/northeastern Massachusetts

WMA Western Massachusetts

SEMA Southeastern Massachusetts/Newport, Rhode Island

RI Rhode Island/bordering MA

CT Northern and eastern Connecticut

CT-SW Southwestern Connecticut including
Norwalk/Stamford

New York NY NY-ISO control area

Quebec HQ Hydro Quebec control area

Maritimes M Maritimes control area

The model explicitly models neighboring control areas that have direct connections to the
New England grid, including New York ISO, the Maritimes region (New Brunswick,
Nova Scotia, and Prince Edwards Island), and Hydro Quebec. These external markets are
modeled in the same manner and simultaneously with New England. The Global Energy
database is used as the primary data source for external regions. New capacity is added to
meet RPS requirements and generic gas capacity is added based on the same
methodology that is used in New England.

ii. Existing Generating Unit Characteristics

(a) Thermal Unit Characteristics

Market Analytics models generation units in detail, in order to accurately simulate their
operational characteristics and therefore project realistic hourly dispatch and prices.
These characteristics include:
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• Unit type (steam-cycle, combined-cycle, simple-cycle, cogeneration, eto)

• Heat rate values and curve

• Seasonal capacity ratings (maximum and minimum)

• Variable operation and maintenance costs

• Fixed operation and maintenanqe costs

• Forced and planned outage rates

• Minimum up and down times

• Quick start and spinning reserves capabilities

• Startup cOsts

• Ramp rates

• Emission rates (SO2,.NO~, C02, and mercury)

Exhibit C-2 in Appendix C summarizes the thermal unit characteristic assumptions used
in our modeling.

(b) Nuclear Unit Characteristics

There are four nuclear plants in New England (Millstone, Pilgrim, Seabrook, and
Vermont Yankee) with a combined capacity of 4,775 MW which is approximately 15%
of the total capacity in New England, It is, therefore, important to assess whether or not
all of the units at these plants will continue to operate during the study period. The
exhibit below shows the capacity Of each nucl~ar unit and its license expiration date..

Exhibit 5-2. New England Nuclear Unit Capacity and License Expirations

. . AESC Capacity License Expirationnit Zone MW55 Year56

Millstone 2 CT 940 2035

Millstone 3 CT 1253 2045

Pilgrim SEMA 670 2012 V V

Seabrook VV NH 1242 V V 2017

Vermont Yankee VT V 670 2012

Nuclear capacity values are the nameplate capacity values for these units in the Market Analytics
database. V

~ Source — U.S. Nuclear Regulatory Commission: www.nrc.gov.
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License renewals for the Pilgrim and Vermont Yankee plants are currently being
reviewed by the Nuclear Regulatory Commission (NRC) and Seabrook will be coming up
for renewal during the study period. In the past seven years, the NRC has reviewed
license extensions for 27 plants and not one of these applications was denied,57 Based on
this track record and the lack of evidence that suggests that license renewal applications
for any of these plants will be denied, it was assumed that all of the nuclear plants in New
England will continue to operate for the entire study period.

The owners of Millstone have filed an application for a 70 MW uprate on Unit 3 for
operation by the end of 2008.58 Based on the fact that the NRC has never denied an
uprate application,59 it was assumed that this uprate will be approved and the uprated
capacity will be in operation starting in 2009.

The maintenance schedules included in the Market Analytics database are based on
information from the NRC website and the trade press for refueling outages as well as
ISO New England and the Nuclear Energy Institute, Future outages are estimated by
using typical refueling cycle, outage length, and last known outage dates of each plant to
project refueling outages.

(c) Conventional Hydro and Pumped Storage Unit Characteristics

The Global Energy database was used as the primary source all hydro unit information,
‘Conventional reservoir and run-of-river hydro resources are considered a “fixed energy”
station or contract in the model. Like thermal stations, these stations havea maximum
and minimum generating capacity, but they also have a fixed amount of energy available
within a specified time (i.e., a week or a month). Hydro stations operate generally on
peak in a manner that levels the load shape served by other stations. Hydro stations are
scheduled one at a time over the horizon of a week, subject to hourly constraints for
minimum and maximum generation, and weekly constraints for ramp rates and total
energy. Although the load shape they intend to level is the overall system load, a hydro
stati~on can be scheduled against the load of a specified transmission area or control area.

Pumped-storage type resources (exchange contracts) have slightly different modeling
requirements, typically involving a series of reservoirs used to release water for energy
generation during peak load periods and pump water back uphill during off-peak times
when energy demand and price is lower. The water (fuel) of pumped hydro generation is
valued at the cost of pumping, allowing for net plant efficiency. Hourly reservoir levels
are computed and a look-ahead is employed to prevent drawing the reservoir below the
level where pumping space allows refilling to the desired level before the beginning of
the next peak period.

~ Source — Nuclear Energy Institute:

http://www.nei.org/documents/U.S._Nuclear_License_Renewal,,,Filings.pdf
58 Source — ISO New England Generator Interconnection Queue

~ Source — U.S. Nuclear Regulatory Commission: www.nrc.gov.
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(4) Renewable Unit Characteristics

The Global Energy database includes seveial existing renewable generators in New
England. These include wind, biomass, landfill gas, and municipal solid waste-to~energy
facilities All of these units were modeled as thermal units with seasonal forced outage
rates that reflect historic seasonal capacity factor profiles.

iii. Load Forecast

Historical profiles for each utility were developed by Global Energy Decisions based on a
set of annual historic load shapes Hourly load profiles based on histoiical profiles were
calculated for each load serving entity Loads wei e then mapped to transmission aieas
based on location ratios.

Hourly load data for future years were scaled based on forecasted annual peak demand
and total energy. Forecasted annual peak demand and,total energy were dçrived from the
2007 CELT report and the 2006 Rcgiot~al System Plan ~RSP), published by ISO New,
England. The 2007 CELT report was released on April 18, 2007. However, the detailed
load forecast data for the ISO’s RSP zones (which the Market Analytics zones are based
on) was not released in time to be included in the modeling. Instead, the ISO released the
load forecasts for each New England state that it had used to develop the forecast
presented in thç 2007 CELT,60 As a result, the load forecasts for each zone in the Market
At~alytics model were.derived ‘from the ISO-NE 2007 CELT state-level load forecasts for
2007-2016 as summarized in Exhibits 5-3 and 5-4 For 20 17-2022, load in each zone is
assumed to grow at the compound Annual Growth Rate (CAGR) of the 20O7-20l~
period.61 ‘ ‘

~° Available on the ISO New England website

http //www isonewengland ~om/comniaiees/c~omm v~ kgi ps/pi tc~nts conim/pac/mti ls/2007/api 5 2007/r
eviied%2Opaol 8 yreliminarv_ispjoad_foricast \ls

~ In July we were advised that the foiecast of peak demand and energy we used to develop our forecast of

energy prices was not enti~ely consistent with the tr~nds currently projected by the ISO for the last five
years of the study, 2017 through 2022. The system load factor from 2017 through 2022 under the
current ISO New England forecast is somewhat higher than that under the forecast we used, reflecting
their assumption that air conditioning penetration will approach a saturation point after 2016. Our
review indicates that our projection of energy prices is still reasonable despite the slight differences in
system load factor from 2017 to 2022. Had we used a forecast with a system load factor consistent with
that currently projected by the ISO, our projected energy prices in peak periods would have been
somewhat lower, all else being equal. However, under such a load forecast the projected mix of
capacity additions would likely have also been different, with less new, efficient CT and CC capacity
added. That change in capacity mix would have resulted in higher projected energy prices. Thus,our
review indicates that using a forecast with a somewhat higher systemload factor from 2017 to 2022
would not result in materially different energy prices, V
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Exhibit 5-3. Summer Peak Forecast by State (MW)

2007-2016
State 2007 2016 CAGR 2022
CT 7317 8,475 16% 9,322
MA 12,623 14595 1,6% 16,053
ME 2,033 2,400 1,9% 2,671
NH 2,444 3,000 2.3% 3,439
RI 1,877 2,185 1.7% 2,418
VT 1,057 1,230 1.6% 1,353

ISO-NE 27,360 31,885 1.7% 35,255
Note.’ 2017-2022 values were developed by growing 2016 values by 200 -2016 CÁO.

Exhibit 5-4. Energy Forecast by State (GWh)

2007-2016
State 2007 2016 CAGR 2022

CT 33;929 38,060 1.3% 41,127
MA 60,155 65,670 1.0% 69,710
ME 11,820 13,390 14% 14,555
NH 11,895 13775 1.6% 15,151
RI 8,463 9,270 1.0% 9,840
VT 6,354 7,020 1.1% 7,496

ISO-NE 132,616 147,190 1.2% 158,111
Note: 201 7-2022 values were developed by growing 2016 values by 2007-2016 CÁO]?

t~oád allocation factors from the ISO New England 2006 Regional System Plan, shown in
Exhibit C-i in Appendix C, were applied to the state-level load forecasts from the 2007
CELT Report to develop the load forecasts for each transmission area. The load
allocation factors represent the portion of each state’s load that is mapped to each RSP
sub-area.62 The load forecasts for each zone in the Market Analytics model are
summarized in the exhibits below.

62 Table 3-6 in the ISO New England 2006 RSP.
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Exhibit 5-5. Market Analytics Modeled Summer Peak Forecast by Zone (MW)

V 2007-2016
Zone 2007 - 2016 CAGR 2022
BHE. 313 370 1-9% 411

BOSTON 5,501 6,366 V 1.6% 7,007 V

CMAINEMA 1,763 2,044 - 1.7% V 2,253
-CMP -1,730 - 2,045 - 1.9% 2,278

CT 3,612 -- 4,184 V 1.6% 4,602
NH - 1,963- 2,404 - 2.3%- 2,752
RI 2,489 2,891 1.7% 3,193

~ V -SEMA 2,976 - - 3,442 1.6% - - 3,787

SWCT 3,632 4,207 1.6% - 4,628 V

VT 1,246 V~ 1,460 -- V 1.8% - 1,625

V WMA V V V 2,087 2,413 V 1.6% 2,6V54

V V - V V VV V V V V - V 2007-2016 V V

Zone V 2007 V: 2016 CAGR 2022

. BHE 1,820 V 2,062 1,4% V V V 2,241
~ BOSTON V 26,224- V V - 28,655 - 1,0% - - - 30,436
CMAINEMA 8,409 VV V V -- 9,207 VVVV 1.0% - 9,791

CMP - V 9,999 11,335 1,4% V 12,325-
CT 16,74.9 V 18,789 - V 1.3% V V 20,303 V

, NH - V 9631 V V V -- 11,130: V i,6%.~ 12227
., RI V. 114418 VVV V 12,494 1.0% V 13,262

SEMA 14142 15441 10% 16391
V SWCT 16843 -18,894 13% - 20,416

VT - .7,063 - 7,888 - - - 1.2% - 8,482-
- WMA 10,024 - - 10,959 -1.0% V--V V V - 11,644

Note: 2-017-2022 values were developed by growing 2016 values by 2007-201-6 CAGR

ISO New England changed its long-run load forecasting methodology this year to reflect
the fact that DSM resources may participate in the Forward Capacity Market.63 Under - -

this new methodology, the ISO-NE load forecast reflects the future, ongoing impact of
DSM programs implemented up to 2006.64 -

The load forecast we used in our simulation of the New England maricet deliberately does
not reflect the potential impact of new DSM programs that would be implemented in
2007 and beyond. The exclusion of those potential impacts is consistent with the purpose
of our study which is to-forecast electric energy prices that would occur in the absence of -

new DSM progranis. - - -V V V V

Conversation with Dave Erlich, April 9, 2007.
‘~‘~ In previous years, ISO New England developed a long-run load forecast excluding any future DSM

- savings from -any programs, past or future in its “Unadjusted Load” forecast, and then subtracted
forecast DSM savings to develop its “Adjusted Load” forecast. - V - V V
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iv. Transmission System Paths and Upgrades

Transmission path assumptions were developed by Global Energy based on the zonal
transmission paths represented in the ISO-NE 2006 Regional System Plan. The
transmission system within Market Analytics is represented by links between
Transmission Areas, These links represent aggregated actual physical transmission paths
between locations. Each link is specified by the following variables:

• “From” location
• “To” location
• Transmission capability in each direction
• Line losses in each direction
• Wheeling charges

The exhibit below shows the transmission capabilities of each path between New
England zones and between New England and external areas as indicated in the Global
Energy database, These capabilities are consistent with the interface limits that are used
in the ISO New England 2006 RSP.

Exhibit 5-7. New England Zonal Transmission Interface Limits

Capacity
“From- Capacity

, “From” To’ Back
Path Type Name Zone “To” Zone (MW) Notes (MW> Notes

. BHE.CMP BHE CMP 1200 1050
2800 Asof 1/1/2006

.~ CMA-BOSTON CMA/NEMA BOSTON 3000
t 3000 As of 1/1/2008~
C’ CMA-NH CMNNEMA NH 912 925
C
~ CMA-WMA CMA/NEMA WMA 960 2000
~ CT-RI CT RI 720 720z
C 2575 As of 1/1/2007~ CTSW-CT CTSW CT 2000

3400 As of 1/1/2010
~ NH-BOSTON NH BOSTON 900 9120

.C NH-MAINE NH CMP 1400 1500~
° NH-VERMONT NH VT 720 715C
° RI-BOSTON RI BOSTON 400 400

.i;~
‘~ RI-CMA RI CMNNEMA 1480 600E
‘~ RI-SEMA RI SEMA 1000 3000
C

~ SEMA-BOSTON SEMA BOSTON 400 400i.

VERMONT-WMA VT WMA 875 875
WEMA-CT WMA CT 680 710
BHE-NBPC BHE Marltimes 800 As of 10/1/2007 1000 As of 10/1/2007

C—

~ HYQB-VT Peak month 170 Peak monthHO VT 225
,~ (Hlgh~ate) capacity capacity
.~ ‘~ ~ CTSW-NYZK CTSW NY 100 100
OwlO
.c ‘C ~ MPS-BHE Maritimes BHE 127 127
~ NYZD-VERMONT NY VT 150 150
c Peak month
.2 ,~ NYZF-WEMA NY WMA 275 650
~ ~, capacity
._ C C)
E w NYZG-CT NY CT 700 V 500
C NYZK-CT (CSC) NY CT 300 330
~

,,,, CMA-HYQB (Phase CMA/NEMA HO 1300 Peak month 1921 Peak month
II) capacity capacity
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The interface limits presented in the exhibit above include the following transmission
upgradesfrom the 2006 RSP:65

• Northeast Reliability Interconnect Project — this comprises a new 345 kV
line from Ne~ Brunswick to the Orrington Substation in northern Maine and
increases the transfer capability from New Brunswick to Maine by 300 MW.
This.project is scheduled to be online by. the end of 2007.

• NSTAR 345 icY Transmission Reliability Project — this project involves
.con~truction of a Stbughton 345 kV station and three new underground 345
kV lines, two of which are already completed and the third is scheduled for

• . completion by the end of 2007. This project increases the Boston import

capability by approximately 1,000 MW.

• SWCT Reliability Project — this project includes two phases of new 345 kV
• circuits. The combined effect of these two phasesis to increase the import

• capability into Southwest Connecticut by approximately 1,100 MW by the
end of 2009, . .

Transmission system upgrades beyond what was included in the Global Energy database
were considered, however, no additional upgrades needed to be included

v Reliability-Must-Run (RMR) Contracts

Unlike the 2005 AESC study, the current study does not consider any costs related to
existing reliability contracts (sometimes called “reliability must-iun” or RMR contiacts)

•as being avoidable, Exhibit 5-8 lists the plants with reliability agreements that last beyond
2007.66 These remaining reliability contracts are scheduled to expire in June 2010 when
the FCM commences operation. Load reductions are unlikely to result in~ these contracts
being avoided piior to 2010 Prior to 2010 we assume that these units will be needed
Based on that assuthption, if the revenues these units receive from their market sales were
to decline due to load reductions to the point that they were not covering thçfr costs, we
expect that ISO-NE would simply initiate new agreements and collect the revenue
shortfall from New England customers. .

~ The Northwest Vermont Reliability Project is npt included in this list because it does not affect the
import capability into Vermont.

• 66. “Reliability Agreements — Annual Fixed Costs Summary,” ISO-NE, April 19,2007.
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Exhibit 5-8. List of Plants with Reliability-Must-Run Contracts through 2007

vi. New Generation Additions

In order to meet future load growth, new generation resources were added to the existing
generation mix. Market Analytics is not a capacity expansion model that optimizes
capacity additions by choosing among a set of resource alternatives to develop a least
cost expansion plan. Therefore, three types of additions were used to manually add new
resources to meet reserve needs:

• Planned Additions & Uprates — Near-term proposed new additions and uprates to
existing plants that were in development or advanced stages of permitting and had
a high likelihood of reaching commercial operation;

• RPS Additions — Renewable generators that were added to meet existing or
anticipated renewable portfolio standards (RPS) in each state; and,

• Generic Additions — New generic conventional resources that were added to meet
the residual capacity need after adding planned and RPS additions.

(a) Planned Additions & Uprates

The AESC 2007 forecast was based on projects in development or advanced stages of
permitting, as indicated by the 2007 CELT Report, review of the current ISO New
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OwnerlUnit

2007
CELT

Summer
Annualized Fixed

Revenue Requirement
Plant
Type Cap MW $IkW-year

Net of
West Central Mass total FCM

ConEd -- W,Sprlngfleld 3 ST 94 $7 $75 -

Berkshire Power CC 229 $25 $113 $13
Pittsfield Gen,--Altresco’ CC 141 $13 $92 -

ConEd -- W.Sprlngfleld GT-1&2 CT 74 $12 $161 $61

Sub-Total WCMA 539 $58 M $8 M
Connecticut

NRC-- Middletown 2-4, 10 ST. CT 770 $50 $64 -

NRC-- MontvIIIe5,6,10&11 ST. CT 494 $29 $58 -

Milford I and 2 CC 492 $82 $166 $66
PSEG -- New Haven Harbor ST 448 $47 $105 $6
PSEG--BridgeportHarbor2 ST 130 $19 $146 $46
Bridgeport Energy CC 448 $58 $129 $29

Sub-Total Connecticut 2,782 $284 M $54 M



England interconnection request queue,67 trade press, environmental permit applications
to the state departments of environmental protection, and internal knowledge. New entry
assumptions are shown in the exhibit below. These planned additions represent the
additions that ISO New England has indicated are highly likely to reach commercial
operation.68

Exhibit 5-9. Planned Additions & Uprates

Projected
• Project State AESC Zone Type Fuel On~line. Capacity

~ ‘• Date ‘~ ~‘

Kleen Energy Project CT ‘ CT CC NG/DFO ~/1/2020 620

Peabody Powei MA BOSTON CT NG/DFO 5/1/2008 97

Lowell Power Generators MA CMAfNEMA’ CT NG 1/1/2008 99

Gas Turbine CT SWCT CT NG/DFO 9/1/2007 90

Hoosac Wind Project MA WMA WT Wind 12/31/2007 30

Fitchburg Renewable Energy ‘MA CMA/NEMA IC LFG 613 0/2007 7

Millstone 3 CT CT NIJC NUC 1/1/09 . 70

• RPS Additions . • . V

New renewable generation resources will be added to each state to meet existing or
expected renewable portfolio standards (RPS) Each state in New England has different
RPS targets and different requirements for meeting these targets The major requirements
by state are detailed in Exhibit C-3 in Appendix C.’ V

The resources that are eligible to meet these targets vary by state; however., it was
assumed that RPS requirements will be met’ by a mix of renewable resource generation
consistent with the mix of resources in the ISO-NE queue (type and quantity). As a result,
additions included only wind, solar, landfill gas, and biomass generators. The assumed
resource mix was 65% wind, 33% biomass, 1% LFG, and 1% solar 69 It was assumed that
these proportions would remain constant throughout the study period with the following

~ The ISO New’England interconnection request queue is a list of proposed new generation resources that

have submitted an Interconnectiàn Request form to the ISO and are in various stages of the
development process.

~5B From a presentation by Peter Wong to the ISO New England ‘Planning Advisory Committee on.

February 27, 2007: . . . . .

http://www.isonewengland.com/conimittees/comm wkgrps/prtcpntscomm/pac/mtrls/2007/feb272007/
new_resources_in_the_ISO_queue.pdf. . .‘ . . .. .

~ These quantities are based on the mix of renewable resources in the ISO New England interconnection
queue with the additional assumption .that 1% of requirements will come from solar PV. The proportion
of solar PV resources will initially be less than 1% and will gradually increase over time to account for
the expected cost reductions and technology improvements in future years.
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exception: the proportion of solar photovoltaic (PV) resources would initially be less than
1% and would gradually increase over time to account for the expected cost reductions
and technology improvements in future years. It was assumed that new RPS resources
would be located based on locations of projects currently in the ISO-NE queue. The
exception will be solar PV, which was distributed in each transmission area
proportionately to load.

The operating characteristics of these resources are shown in the exhibit below, These
assumptions will be based on the technology assumptions used by ISO New England in
its current scenario planning process as well as other sources.

Exhibit 5-10. Operating Costs and Characteristics for New RPS Additions
Technology Type Bioniass Landfill Gas Wind On-shore Wind Off-shore Solar PV Source

Typical Generator Size
(MW) 40 5 1.5 3,5 1 1
Heat rate 14000 10500 n/a n/a n/a
Fixed O&M costs
(2007$/kW-yr) 51.70 111.83 35.34 50,31 72.46 2,3,4
Variable O&M costs
(2007$IMWh) 0,42 0.00 0.00 0.00 0.00 2,4
Availability 60% 90% 90% 90% 98% 1
NOx (lb/Mbtu) 0.075 0,03 0 0 0 1
S02.(lb/Mbtu) 0.02 0.2 0 0 0 1
CO2 (Ib/Mbtu) 170 0 0 0 0 1
Average Capacity Factor n/a n/a 35% 39% 16% 5
Peak Capacity Credit 100% 100% 19% 26% 40% 5
Sources:
1. ISO-NE 2007. “Resource Assumptions” presentation for the ISO-NE Scenario Analysis Working Group,
4/2/2p07
2. AESC 2005, ExhIbit 2-25, 2-25 for CC, CT, Biomass, Landfill gas, on-shore
wind
3. PV Fixed O&M: “Energy Cost Savings Module”, Prepared for the Massachusetts DC Collaborative, Navigant Consulting,
January 20, 2006.
4. Off-shore wind: “New Jersey Renewable Energy Market Assessment”, Navigant Consulting,
August, 2004.
5. ISO-NE 2007. “Wind and Photovoltaic Assumptions” presentation for the ISO-NE Scenario Analysis Working
Group, 4/2/2007

RPS additions were made to the New England system based on the annual sum of
renewable requirements for each state RPS. Resources were dispersed geographically as
follows:

• Wind — based on currently proposed wind farm development patterns throughout
New England

• Biomass — distributed proportionately to load

• Landfill Gas (LFG) — distributed proportionately to load

• Solar — distributed proportionately to load

The operating characteristics of these resources were based on the technology
assumptions used by ISO New England in its current scenario planning process as well as
our review of assumptions from various other sources.
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(c) Generic Additions

In order to reliably serve the.forecasted load in the mid- to long-term portion of the
forecast period, new generic additions were added to the model. A range of generation
technologies was initially considered for this purpose, including gas/oil-fired combined-
cycle, gas/oil combustion turbines, conventional coal, integrated gasification combined
cycle (IGCC), and nuclear. However, the development queue did not indicate that any
coal or nuclear resources would be developed in New England. during the. forecast period.
Although the region is already heavily reliant on gas-fired pneration and the ISO has
stated a goal of increasing the fuel diversity of the region,7 the costs ahd risks of
investing in new coal or nuclear generators are very high. Additionally, coal and nuclear
resources are generally baseload units that do. not have a significant impact on marginal
cOsts since they ar~ rarely on the,, margin. The~efore, generic additions were comprised
entirely of gas/oil fired 300 MW combined-cycle and 100 MW combustion turbines. The
assumed mix of combined cycle and combustion units was 45%/55%. This was based on
the ratio of these types ofresourcesin the ISO Ne~i England interconnection queue as of
March 30, 2007. No coal or nuclear units were added.

Generic additions were added until a system-wide reserve target of f4,3%71 ~was met.
New resources were dispersed geographically based on a combination of zonal need and
historic zonal capacity surplus/deficit patterns. It was anticipated that the Forward
.Capacity Market would provide incentive to build new generation in the constrained
zones of Southwest Connecticut (SWCT) and Boston. However, siting new plants in
these zones will likely be difficult, Therefore, it was also anticipated that some new
capacity ~‘ill be added outside of these zones. .

Distributed gcneration technologies (DG) were considered, but not included, as generic
additions. The decision to not. include DG was based on a review of several studies of the
technical and economic potential of DG in New England.72’73’74 Although these studies~
suggested that DG capacity in Connecticut and Massachusetts could reach levels of a few
hundred megawatts by the end of the study period, the uncertainty regarding the
economics of these resources made.it difficult to predict what level of DG resources will
be installed. Also, the likelypenetration level for DG resources is not likely to have a
significant impact on the overall avoided energy costs.

70 . ISO New England 2006 Regional System Plan. .

“ Target based on ISO New England recommended Installed Capacity Requirements for the 2007 - 2008

Power Year as presented to the Power Supply Planning Committee on March 15, 2007.
72 Beka Kosanovic, PhD. ‘How Attraotive is DE for Massachusetts Energy Users and Society1’ presented

at the MTC DO Symposium on January 18, 2007. ..

~ Andy Brydges with KEMA, “Projections of DG in Massachusetts” presented at the MTC DO

Symposium on January 18, 2007. .

“~ Institute for Sustainable Energy at Eastern Connecticut State University 2004. “Distributed Generation

Market Potential: 2004 Update! Connecticut and Southwest Connecticut,” available at:
http:/!www.easternct.edu/depts/sustainenergy!publicationJPress%2oReleases/March%2023,%202004%
20-%2ODG%2oUpdate.htm
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vii, Retirements

Global Energy includes assumptions regarding retirement of existing resources, The
Global Energy database uses lifetime assumptions for certain technology types to
determine retirements. However, it was determined that no units should be assumed to
retire given that many units will likely continue to operate for reliability and/or economic
reasons.

viii. Environmental Regulations

Market Analytics has the ability to model multiple effluents and apply costs to these
emissions. This model included price forecasts for SO2, NON, C02, and mercury. The
model included the costs associated with each of these emissions when calculating bid
prices and making commitment and dispatch decisions. Allowance price forecasts
associated with the Ozone Transport Commission (OTC) NO~ Budget Program and the
Acid Rain Program were included in unit operating costs for this study. Allowance price
forecasts were also included to represent future cap and trade emission reduction
programs for mercury and CO2.75

(a) SO2 and NQ~

~There has been a significant reduction in SO2 and NO~ emission allowance costs over the
~‘last~several years. For example, consider the SO2 allowances for 2009: in mid 2005 they
were selling for $670/ton, in March 2006 they were relatively unchanged at $700/ton, by
September 2006 they were down to $570/ton, and by March 2007 they were down to
$430/ton. Similar reductions occurred in the NO~ allowance markets. These reductions
are influenced by a number of factors including the decline in natural gas prices, but a
significant component is that the control costs, especially for NOR, are proving to be less
than previously thought.

The establishment of new limits on mercury emissions is leading to the installation of
additional scrubbers which also reduce SO2 emissions. Yet looking to 2010 and beyond,
new limits on air emissions associated with the Clean Air Interstate Rule (CAIR) are
likely to require new controls and push up allowance costs. This is reflected in the
forecast of future allowance costs in the ETA’s AEO 2007. However, considering the
significant price reductions shown in the allowance markets for years both before and
after 2010, the AEO forecast that was constructed in the fall of 2006 now seems too high.
Thus we have adjusted the AEO price forecasts for after 2010 to reflect the relative
changes in the markets between September 2006 and March 2007.

SO2 allowance prices represent a hybrid between recently reported trading prices for SO2
allowance futures76 and the AEO 2007 SO2 allowance price forecast with the adjustments
described above to account for the recent drop in allowance prices. The futures prices
were used for the years 2007 through 2010. The allowance prices for the years 2011 to

~ Emissions caps were not modeled explicitly, instead allowance prices are assumed to represent the

appropriate levels to attain any emission caps set by emission control programs.

~ As reported in Argus Air Daily, March 30, 2007.
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2014 represent an interpolation between the 2010 futures price and the 2015 AEO 2007
forecast price. The AEO 2007 price forecast was used for the years 2015 to 2022.

NO~ allowance prices .represent a hybrid between recently reported trading prices for NO~
allowance futures77 and the AEO 2007 NO~ allowance price forecast with the adjustments
described above to account for the recent drop in allowance prices. The futures prices
were used for the years 2007 through 2009. The allowance prices for the years 2010 and
2011 represent an interpolation between the 2009 futures price and the 2012 AEO 2007
forecast price The AEO 2007 price forecast was used for the years 2012 to 2022

(‘b,) Mercury

The Clean Air Mercury Rule (CAMR) established athercury emission allowance cap and
trade program that will begin in 2010. For the allowance price forecast for mercury, we
used the price forecast that was developed by Global Energy Decisions for their Fall 2006
Reference Case Forecast.

(c) CO2

The CO2 allowance price forecast is based upon the Regional Gas, Greenhouse Initiative
(RGGI) in the short-run and expected federal greenhouse gas regulations in the long-run.
Allowance prices for each ton of CO2 emitted are based ‘o~ expected RGGI prices starting
in 2009 and continuinguntil 2012~~ by which point it is.ex~ected that a nationalcap and
trade program will beimplemented forgreenhouse gases.7

The allowance price forecast for each effluent is shown in the exhibit below

“ As reported in Argus Air Daily, March30, 2OO7~

~ The RGGI forecast is from the 1PM modeling resUlts for the “RGGI Package Scenario (Updated
October 11, 2006)” which: can be found on the RGGI website at the following link:
http://www.rggi.org/docs/packagescenario_10_11_06.xls.

~ The forecast for the federal program is based on a review of several proposed federal bills aimed at

reducing greenhouse gas emissions by Synapse Energy Economics. The Synaps~ CO2 forecast
methodology is documented in Synapse’s June 8, 2006 report, “Climate Change and Power: Carbon
Dioxide Emissions Costs and Electricity Resource Planning,” which can be found at
http://www.synapse-energy.com.
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Exhibit 5-11. Allowance Prices for SO2, NO~, Mercury (Hg) and CO2 (2007$)

802 NOx Mercury CO2
Year S/ton $/ton $million/ton S/ton

2007 $434 $1,013 $0.00 $0.00
2008 $433 $925 $0.00 $0.00
2009 $432 $800 $0.00 $2.21
2010 $470 $1,171 $12.66 $2.37
2011 $526 $1,715 $12.66 $2.53
2012 $563 $1,750 $12.66 $9.46
2013 $590 $1,750 $12.66 $11.56
2014 $610 $1,750 $12.66 $13.66
2015 $750 $1,750 $12.66 $15.76
2016 $750 $1,750 $12.66 $17.86
2017 $750 $1,750 $12.66 $19.96
2018 $750 $1,750 $12.66 $22.06
2019 $750 $1,750 $12.66 $24.16
2020 $750 $1,750 $12.66 $26.27
2021 $750 $1,750 $12.66 $27.32
2022 $750 $1,750 $12.66 $28.37

Demand Response Resources

Demand response (DR) resources that were directly modeled in this analysis include
resources that were participating in the “RT 30-Minute” and “RT 2-Hour” ISO New
England Demand Response programs as of March 30, 200780 and categorized as “Ready
to Respond.”8’ These resources only operate for a few hours during peak periods;
therefore, they do not contribute significantly to energy prices. However, they do
contribute to total capacity and affect the reserve margin and the need for peak capacity.
These resources are assumed to continue participation in the ISO’s demand response
programs that continue until June 2010, at which point the Forward Capacity Market will
begin and these resources will be required to bid into the FCM to be eligible as capacity
resources. The exhibit below shows the levels of DR that were included in the model in
the 2007-2009 time period by zone.

80 http:/!www.isonewengland.com/genrtion_resrcs/dr/stals/enroll_sum/2007/lrp_as_of_03-30-2007.ppt.

‘~ Ready to Respond means the registration process is complete and the resource is eligible to participate
in an event in which the resource may be called upon by the ISO.
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Exhibit 5-12. Demand Response Capacity Included in the Model for 2002-2009

Zone MW

CT 250

SWCT .250
~ ‘ ME. 135

‘N~4A 70

NH . . 5.
.~ ... . .5.

‘~ SEMA. ‘. 15

‘~VT ‘,‘ 20.

. WCMA ‘, ‘‘ 40,”

Total 79Q.

These resources were modeled as generating units that act as load reduction resources
that are committed only if all other available generating resources are operating at full
capacity and load is about to he lost. These resources do not se.t the marginal clearing
price. After 2010, existing demand resources that are currently participating in the ISO’s
DR programs are removed from the energy model as these resources will be required to
bid into the capacity market along with other resources and ate not guaranteed to
continue operating. ‘ ‘‘ ‘ . ‘ . ‘

ix Market Model Assumptions

(a) Marginal Cost Bidding

All generation units were assumed to bid marginal cost (Opportunit~ cost ‘of fuel plus
yariable operating and maintenance costs (VOM) plus opportunity cost of tradable’
permits). It is reasonable to assume that the real markets are not perfectly competitive and
thus the model prices tend to underestimate the prices in the real markets. The energy
price outputs were benchmarked against futures prices.

(b) Installed ‘Capacity ‘ ‘

Installed capacity requirements of 114.3% of net internal demand are assumed for the
New England Power Pool ~NEPOOL). .

(‘c,) Ancillary Services ‘ ‘ ‘ ‘ ‘

Market Analytics allows the user to define generating units based on their ability to
participate in various ancillary services markets including Regulation, Spinning Reserves,
and Non-Spinning Reserves. The database includes specifications for these abilities based
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on unit type. Market Analytics generates prices for these markets in conjunction with the
energy market, The spinning reserves maricet affects energy prices since units that spin
cannot produce electricity under normal conditions. The energy prices are higher when
reserves markets are modeled, The reserves requirements for New England were
reviewed and applied to the model.

D. Results
The three charts presented in Exhibits 5-14 to 5-16 illustrate our results using West-
Central Massachusetts as a representative zone.

Exhibit 5-14 presents our 2007 AESC winter on-peak energy price projections for West-
Central Massachusetts compared to the 2005 AESC projections for that zone. The
“bump” in 2008 on-peak forecast prices as compared to 2007 prices is primarily
attributable to the corresponding “bump” in our forecast of Henry Hub prices in 2008,
discussed in Chapter 2.

Exhibit 5-13. AESC 2007 vs. AESC 2005 — Winter On-Peak Forecasted Prices
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Exhibit 5-15 presents our 2007 AESC winter off-peak energy price projections for West-
Central Massachusetts and the NYMEX futures for winter off-peak reported for the ISO
NE hub as of May 2, 2007.
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Exhibit 5-14. Off-Peak Hub Futures Prices vs. Off-Peak West-Central
Massachusetts Forecasted Prices

Exhibit 5-15 presents our 2007 AESC winter off-peak energy price projections for West
centi~al Massachusetts and the NYMEX futures for winter off-peak reported for the ISO-
NE hub as of May 2, 2007.
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Exhibit 5-15. On-Peak Hub Futures Prices vs. On-Peak West-Central Massachusetts
Forecasted Prices

— Hub Pu~ureu P,Ioe•OnP,a~
— ~.lAOnP~aI~

Our review of the wholesale energy prices that the modeling initially produced revealed
that the projections for certain pricing zones, primarily Vermont and CMA/NEMA, were
higher and more volatile than expected. Further analysis indicated that these unexpected
results were attributable to “unserved energy”82 in significantly more hours than the
remaining zones. To correct that effect, the price assumed for unserved energy was
lowered from $920/MWh, the default value in the model, to $250/MWh, slightly above
the highest hourly prices that were generated by supply resources setting the marginal
price in New England over the study period. That adjustment reduced the volatility of the
zonal prices and produced prices consistent with historical and expected levels.

E. Transmission Energy Losses
Our forecast for marginal energy clearing prices includes inter-area losses for flows
across transmission links between modeling zones. These losses are not reported by the

82 Unserved energy occurs in hours when the model does not have sufficient resources to meet load, and a

portion of the forecast load is “unserved” or interrupted. Under those circumstances the model sets the
price for that hour in that zone at an assumed price for unserved energy price. The assumed price for
unserved energy was set at $920/MWh in the default dataset. Although there were very few hours in
which there was unserved energy, the high price assumed for unserved energy skewed the average
prices for these zones, resulting in average prices in Vermont to be significantly higher than expected.
Because the projections of hours with unserved energy are tied to the projection of outages, whose
timing is randomly determined, the high price of unserved energy also had the effect of causing the
price streams to be highly volatile.
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model by time of day; therefore we have presented the loss factors for suthmer. and winter
periods only. The losses presented in Exhibits 5-17 and 5-18 represent losses as a
percentage of imports into each zone or state.

Exhibit 5-16. Inter-Area Losses by Modeling Zone as a Percentage of Total Imports

Modeling Zone Summer Winter

BHE 5.12% 2.77%

BOST 0.83% O~64%

CMA 3i5% 3,01%

CMP ~ 0.11% 0.26%

CT 2.30% 1.89%

CTSW 2.00% 2.00%

NH 8.75% 8.66%

RI 0.79% 0.90%

• SBMA .0.57°/~ 0.76%

VT: 3.29% 3.20%

WEMA 1.23% . 1.23%

New England Average 2.31% . 2.17%
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Exhibit 5-17. Inter-Area Losses by State as a Percentage of Total Imports

State Summer Winter

CT 2,11% 1.93%

MA 1,98% 1.86%

ME 1.13% 1.19%

NH 4.61% 4.45%

RI 0.77% 0.89%

VT 2.61% 2.50%

New England Average 2.31% 2.17%

F. Key Sources of Uncertainty in Forecast Energy Prices
The following variables contribute the greatest degree of uncertainty to the final avoided
electric supply costs:

• Fuel prices, particularly natural gas prices;

• Carbon emission prices; and

• Capacity prices.

Each of these components makes up a significant share of the total cost of electricity and
each is subject to a great deal of uncertainty.

The exhibit below shows the contribution of natural gas prices and carbon prices to the
total energy price. The values in this exhibit were based on a combustion turbine with a
10,000 Btu/kWh heat rate operating at the margin. The three carbon prices were
approximately equal to the Low, Mid, and High price projections for 2015 in the Synapse
carbon price forecast.

Exhibit 5-18. Contribution of Natural Gas Prices and Carbon Prices to the Total
Energy Price

Energy Price Percent CO2 Energy Price Percent TotalCarbon VariableGas Price Fuel of Total Puce Emission Carbon of Total
~ O&M EnergyComponent Price Rate Component Price Price

~ SIMMBtu S/MWh $/ton lbs/MMBtu S/MWh % $/MWh $IfVIWh
5.00 50,00 91% 5,00 120 3.00 5% 2.00 55.00
6.00 60,00 85% 15,00 120 9.00 13% 2,00 71.00
7.00 70,00 80% 25.00 120 15.00 17% 2.00 87.00
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Capacity prices are projected to add an estimated $ 10-1 4/MWh to the energy price.83 At a
$71 energy price, the capacity prices make up 12-16% of the total electricity price.
Carbon prices and capacity pt~ices~ were based on projections of markets that are not yet
operating, and therefore there is ~a great deal of speculation around thcse prices.

~ Connecticut Light and Power 2006 reconcililation filing, March 30, 2007.
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6. Avoided Electricity Supply Costs
This chapter provides a projection of avoided electricity costs and a description of the
underlying assumptions.

Our avoided electricity supply costs were developed from projections of:

• Generally accepted components of avoided costs including

electric energy prices from section 5;

avoided costs from the Forward Capacity Market (FCM~,
adjusted for losses on the ISO-administered pool transmission
facilities (PFT); and

avoided cost of compliance with RPS, and

• Additional components including

a retail adder, reflecting the risks and costs related to power
procurement;

demand-reduction-induced price effects (DRIPE) for energy and
capacity; and

environmental externalities.

These avoided electricity supply costs do not include several components of wholesale
power costs that we consider to be largely or entirely unavoidable through DSM. These
components include the locational forward reserve market, real-time operating reserves,
automatic generation control (also called regulation), uplift, and the reliability contracts
with particular generators.

As requested in the scope of work, avoided electricity supply costs are provided for the
following geographic areas:

• Maine

• Vermont

• New Hampshire

• Connecticut (Statewide)

• Massachusetts (Statewide)

• Rhode Island

• SEMA (Southeast Massachusetts)

• WCMA (West-Central Massachusetts)

• NEMA (Northeast Massachusetts)
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• Rest of Massachusetts (Massachusetts excluding NEMA)

Norwalk/Stamford

• Southwest Connecticut; including Norwalk/Stamford

•. Southwest Connecticut, excluding Norwalk/Stamford

• Rest of Connecticut (Connecticut excluding all of Southwest Connecticut)

:A~ Avoided Cost of Compliance with RPS

Our estimate of avoided costs includes the cost of avoiding, additional costs under the
RPS in the various states that have imposed such standatds. Inessenee, these standards
imply that the conventional power-supply mix imposes excessive costs and risks (which
may be related to environmental damage, resource depletion, or price volatility), and that
the costs ofrenewables are justified as mitigation. The amount of renewables required is
tied to the amount of energy used, so this compliance cost is avoidable, just as the cost of
environmental compliance on avoidable energy or new capacity is. Reduction in load due
to DSM will reduce the RPS requirements Of load serving entities (LSE) and therefore
reduce the costs they seek to recover associated with complying with these requirements.

The RPS compliance costs that retail customers avoid through reductions in their energy
usage is equal to the price of renewable energy in excess of market prices multiplied by
the portion of retail load that a supplier must meet from renewable energy under the RPS,
In other words,

Avoided RPS cost renewable energy price premium * RPS percentage.

So, in a year in which the renewable energy price premium was $50/MWh (or 5
cents/kWh) and the RPS percentage was 10%, the avoided RPS cost to a retail customer
would be $0.50 cents/kWh.~4

It was relatively easy to develop assumptions for RPS percentages by state over the study
period, as ihey are generally specified in legislation or regulations. However, research
found relatively few recent public projections of renewable energy price premiums in
New England, One measure of that premium is the price at which Renewable Energy
Credits (RECs) are trading and are projected to trade in the future. However, to develop
an estimate of suOh a premium one needs to forecast prices in the wholesale energy
market over the study period as well as to forccastprices in the market for “new
renewables.” The difference between these two projections is an estimate of the prices at
which RECs will trade.

Due to the absence of a definitive forecast, two methodologies were considered. The first
is drawn from a recent study by researchers at the University ofNew Hampshire.85 The

~ 5 cents/kWh * 10%.
~ Gittell, Ross and Magnusson, Matt; Economic Impact ofa New Hampshire Renewable Forifolio

Standard, University ofNew Hampshire, February 2007.
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second simply assumes that the premium will remain at approximately $50/MWh86 over
the study period, on the assumption that policy makers may decide to increase RPS
percentages during the course of the study period, particularly if RECs start trading at
much lower prices.

A comparison of the avoided RPS costs resulting from each approach for 2010 and 2020
can be found in the exhibit below.

Exhibit 6-1. Avoided RPS Costs Under Alternative Forecasts of REC Prices
(Cents/kWh in $2007)

State $50/MWIi UNH Report
2010 2020 2010 2020

CT 0.35 0.35 0.23 0.00

MA 0.25 0.75 0.17 0.00

ME 0.50 0.50 0.10 0.00

NH 0.05 0.57 0.03 0.00

RI 0.13 0.70 0.08 0.00

VT 0.23 0.50 0.15 0.00

The AESC 2007 projections of avoided electricity costs are based upon the forecast of
REC prices presented in the study by researchers at the University of New Hampshire.
This methodology was selected because the costs were thought to be more realistic.

B. Avoided Capacity Costs

i. Overview of the Capacfty Market

Over the past several years the capacity market in New England has been operating under
a set of installed capacity rules designed to ensure sufficient capacity is available to meet
projected loads. Following challenges to the merits of that framework, the Federal Energy
Regulatory Commission has approved a new framework, the Forward Capacity Market
(FCM), which is scheduled to go into effect in June 2010. Until then, a transition period
framework is, and will be, in effect.

The transition period from the current installed capacity market to the forward capacity
market is December 2006 through May 2010, ISO-NE has set the installed-capacity
(ICAP) prices to be paid to suppliers for each power year (June—May) during that period.
Those prices are $3.05/kW-month through May 2008, $3 .751kW-month for June 2008
through May 2009, and $4.10/kW-rnonth for June 2009 through May 2010,

86 This is the range in which RECs are currently trading and of current alternative compliance prices.
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Under the FCM, ISO-NE will set the price for capacity each year. based upon the results
of an auction to be conducted three years in advance, However, the auction for the first
FCM year, June 2010 through May 2011, will not be held until February 2008. Later in
2008 ISO-NE will conduct an. auction for the second FCM year, June 2011 through May
2012.. The basic structure for the auctions has been developed, but some important inputs
— especially the amount of capacity that can be imported to each zone — have not been
released.

The ISO will establishthe FCM price from the auctionresults. For at least the first three
FCM years (June 2010 through May 2013), the price for capacity will be constrained
between a minimum and a maximum equal to -40% and +40% cf a reference price
respectively. The referenëe price forthe first FCM year has~been set at $90/kW-yr or
$7.50/kW-rnonth. . . . . .. . . ,. .

Suppliers will receive revenues equal to the quantity of capacity they provide times the
auction price minuspenalties for any failure to perform and minus an estimate of the.
energy profits (called peak energy rent, or PER) that ~vould be earned by a generator with
a 22,000 J3tu/kWh,87 The PER that the hypothetical peaker would earn in each hour. will
be multiplied by the. ratio of load in that hour to the peak load for the power year.

Load will pay costs equal tO the quantity of capacity they are required to hold times the
auction price, less credits fOr any supplier penalties and the PER. The quantity of capacity
that a particular load is required to hold in each month is based on the contribution of that
load to the ISO annual peak. As a result, the total cost of that capacity to that load, i.e.,
dollars per kW times required kW of capacity, is essentially fixed for an entire FCM year.
The unit cost of capacity for a calendar year, $/kW-year, will be the average of five
months at the cost for the power year ending in May of that calendar year and seven
months for the power year starting in June..

ii. . Transition Period Avoided Capacity Cost Forecast (2006 — May 2010)

Due.to the fact that consumers must pay for all qualifying ICAP supply during the
transition period, .non~ of these capacity costs ar.e avoidable, Public energy-efficiency
programs that qualify for capacity payments under the transition period ICAP system will
receive revenues that their program administrators can credit back to their retail
customers in various ways. .

iii. FCM Avoided Capacity Costs (June 2010.onwards)

According to current projections of peak capacity requirements, existing capacity and
anticipated new additions,. it is expected that New England will need some quantity of
new capacity to come on-line in the summer of 2010 in order to maintain the desired
reserve margin. Further additions will be required in subsequent years. In this sectionwe
describe our estimate of the annual value of potential nOw DSM programs in terms of
avoiding the costs .of those new capacityadditions from June 2010 onward.

~ “Forward Capacity Market Payments, Performance and Charges,” ISO-NE, October 11, 2006, p. 9.
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The AESC 2007 estimate of avoided capacity costs under the FCM is neither designed,
nor intended, to be a forecast of the annual price of capacity in the FCM. Instead, this is
an estimate of the annual value of potential new DSM programs in terms of avoided
capacity costs from June 2010 onward. The forecast was deliberately designed to
estimate the cost of capacity in the FCM in the absence ofany new DSMprograms. This
approach is consistent with the methodology that we used to estimate avoided electricity
market prices. We understand that capacity prices in the first few years of the FCM will
very likely be influenced by the quantity of demand reduction bid by new demand-
response and energy-efficiency resources.

Our ability to develop this estimate was complicated by the absence of any empirical
evidence or experience with this particular form of capacity auction, e.g., the bidding
behavior of existing generators, new supply resources, and new efficiency resources.
Thus, this forecast of avoided capacity costs under the FCM prices is inherently more
uncertain than a forecast for a more-established market structure.

Given those caveats, our forecast of the unit cost of avoided capacity under the FCM is
based on the assumptions listed below, Our approach is also discussed in the context of
an illustrative example presented in Exhibit 6-3. Our assumptions are that:

Most existing generation capacity will bid in as a “price-taker,” at or below
the minimum FCM price;

• Some existing generation capacity will effectively88 submit bids somewhat
above the minimum FCM price, reflecting their need for incremental capacity
revenue to remain viable;

• there will be a substantial need for new capacity to satisfy RPS requirements,
even after the bids received from existing generation and conventional new
capacity;

• the incremental source of this new capacity will be new peakers;

• The FCM prices will be determined by the price of new peakers;

• The FCM prices will provide developers enough assurance to build enough
peakers to meet the ISO-NE regional capability target, but no more; and

• Capacity will be added preferentially in the areas with the lowest reserves and
the highest FCM prices, gradually equalizing reserves across the region.
Connecticut and NEMA are most likely to have prices higher than average,
and Maine is the zone most likely to have FCM prices below average.

The prices paid to generators should approximate the cost of new entry, which is assumed
to be the fixed costs of a merchant combustion turbine, net of a conservative estimate of
profits from energy sales.89

88 Existing generation owners do not submit regular bids but instead submit “de-list” bids.
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The three ISO adjustments to the FCM auction price were treated as follows:

(a) Non-Performance Penalties

Since bidders offering new capacity are likely to increase then bids to cover the expected
level Qf outages and non-performance penalties, it was assumed that the price after non-
performance penalties would be similarto the cost of new entry.

(b,) Peak Energy Rent

The PER offset is likely to be very small.90 It was assumed that bidders will increase their
bids to cover that small reduction.

(Pc,) Reserve Margin

Each kW of load on the ISO system will be required to support more than a kW of
supp1~’. A reserve margin of 14.3% was assumed, plus an allowance for thedemand
response resources tjiat were assumed in the determination of the required reserves.

~° New peakers are also likely to receive some revenues in the forward reserve market (although this

would require foregoing some energy revenues) and the real-time reserve market, Since the ISO will
reduce the forward reserve price by the forward capacity price, and since the forward capacity auction
will be run long before the forward reserve auction, we assume that developers will not reduce their
capacity bids based on potential future reserve payments.

°° Over the period from 2005 to the present, the PER would have been less than $l/kW-year.
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iv. Assumed Cost of a New Peaker

The following inputs for the cost of new entry into the forward capacity market were
assumed:

Exhibit 6-2. Inputs for the Cost of New Entry into the FCM

Parameter Value Source
Total Investment $800/kW $700: High end from ISO-NE Stakeholders Analysis

Working Group, “Resource Assumptions Revised”,

4/4/07

$1,000: Upstate estimate for 2xLM6000, Sargent &

Lundy, NYISO ICAP Working Group, “Updated Results

• and Discussion: Capital Cost and Performance ofNew

Entrant Peaking Unit” 3/22/07

Debt-equity ratio 50:50

Cost of debt 9%

Cost of equity 15%

Debt maturity 20 years

Fixed O&M $15/kW-yr PacifiCorp’s West Valley (5xLM6000) O&M was

$15/kW for 2005; increase for higher costs in Northeast

& overheads; decrease for competitive incentives

Variable O&M $5!MWh Sargent & Lundy, op cit

Full-load clean and new 9,700 Sargent & Lundy, op cit.
heat rate

EAF 95%

Income tax rate 40%

Property tax rate 2%
(% of investment)

The financial inputs were intended to represent the low end of merchant risk, reflecting
the fact that the FCM will offer new units the equivalent of five-year fixed-price
contracts, but that developers will be at risk for energy and reserve revenues, and for the
severe penalties for failure to operate at critical hours. (As noted above, it is anticipated
that bidders will take the ISO’s energy-revenue credit and non-performance penalties into
consideration when developing their bids.)

These inputs resulted in a real-levelized fixed cost of about $130/kW-yr, which would be
offset by average net energy revenues of about $30/kW-yr, for a net bid price of about
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$100/kW-yr or $8,33/kW-month.91’92 Increasing that price by a reserve margin of 14.3%
results in a forecast cost to consumers .of $11 4/kW-yr, before adjustments for losses.93

v. Illustrative Example

In Exhibit 6-3 we, present an illustrative example of our approach. The key assumptions
underlying this example are as follows:

• The Installed Capacity requirerneht is 32,000 MW.

• The minimum FCM price is $4.50/kW-month

There is 30,000 MW of existing generation capacity, of which 26,000 MW is
‘bid as a “price-taker,” at or below the minimum FCM price, and 4,000 MW
effectively subthits bids somewhat ábove’the minimum FCM price;

2~000 MW of new peakers submit bids, in increments of apprOximately 200
MWper bid withprices starting at $7.50 per kW-month and increasing by
$0.083/kW-monthw’ith each. increment;

• The FCM price is set at $8 33/kW-month based upon the bid of last pealcer
• selected to meet the cumülátive need of 32,000 MW.

~ Some peakers will decide to bid into the forward reserve maiket They will ieceive revenues fiom this

market, but receive less inenergy revenues (since’ they will need to bid, into the energy market at more
than 14,OQO Btu/kWh). ‘ ‘ ‘‘-

92 ISO NE is using an estimate of $7 50/kW month

~ The maximum price under the ISO rules would-startat $126/kW-yr in 2010— 2011 (i.e., 1.4 x $90/kW-
yr). Assuming a 5% non-performance penalty and a PER offset of $1/kW-yr and adding the 14.3%
reserve margin, the maximum cost to customers would be $136/kW-yr. That price would be paid only if
new capacity were more expensive, or less available than expected, or if inadequate transmission among
zones resulted in a some zone separating from the rest-of the pool.
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Exhibit 6-3. Illustrative FCM Price with No DSM Bids
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vi. Avoided Capacity Costs of New DSM by Year

— —Cumulative Supply
Bids

— Installed Capacity
Requirement

As noted above, there is a high level of uncertainty regarding the capacity prices in the
first few years of the FCM. Moreover, it is possible that in the early years of the FCM the
quantity of demand reduction bid by new demand-response and energy-efficiency
resources could be so large as to avoid not only new peakers, but also some lower-cost
existing capacity. Based upon those considerations, AESC2007 is proposing a
conservative estimate of avoided capacity-costs. Specifically we are proposing that the
avoided capacity cost of new DSM be as follows:

• 80% of a new peaker ($80/kW-yr) in the year starting June 2010;

• 90% of a new peaker ($90/kW-yr) in the year starting June 2011; and

• 100% of a new peaker ($l00/kW-yr) in the years from June 2012 onward.

vii. Market Operation

One critical issue in the forecasting of FCM prices is whether prices will be uniform
across the ISO, or whether some zones will decouple from the pool and have higher or
lower prices. If the ISO sets high capacity transfer limits among zones, it is assumed that
the FCM price will be set at the cost of new entry for all zones. If the capacity transfer
limits are lower, FCM prices in the early years will stick at the price cap in the most
capacity-constrained zones (Connecticut and possibly some Massachusetts zones), while
the prices in Maine and possibly Vermont and New Hampshire may be lower than the
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cost of new entry,94 In the absence of any experience with this market, estimating the
lower prices is a matter of judgment, Over time, concentration of new resources in the
higher-priced zones would tend to eliminate the FCM price differentials among zones.

The ISO committed to finalize the topology (which would include the local sourcing.
requirements and transfer limits) for the first forward-capacity auction in December 2006
and post the final assumptions early in January 2007.~~ The assumptions used in AESC
2007 are consistent with those posted by the ISO in mid-July 2007. If the capacity
transfer limits are the same as the estimates the ISO sponsored in the testimony of David
LaPlante in the Locational ICAP Filing,96 there will be no locational zones in th~ FCM.97

Our forecast of the avoided cost of capacity in the FCM is $100/kW-yr in 2007 dollars,
based on the cost of new peakers, from June 2010 through the end of the study.period.

viii. Reliability-Must-Run (RMR) Contracts

Our study does not include any avoidable costs for reliability contracts for the reasons
outlined herein. . . .

The FCM price projected in this study covers the entire revenue requirement of four of
the ten plants described in Exhibit 5-8, so those plants should not require reliability
agreements.98 The combined-c~’cle plants. are likely to earn at1ea~t $80/kW-yr of profit in
the enei gy markets, so Berkshire, Milford and Bridgeport Energy should be economic
without any special treatment With the market eneigy prices projected in this project,
and some uplift compensation for cycling, Now Havcn Harbor should receive more than
its revenue requirement or at the very least roughly break even In addition, the cost of
keeping this unit on line is likely to be less than the revenue requirements which the ISO
agreed to pay them That leaves only the West Springfield CTs and Bridgeport Harboi 2
at risk The FCM should be sufficient to encourage some developer to build new capacity
in WCMA, if Con Edison bids West Springfield into the forward capacity auction at a
price close to the $161/kW-year revenue requirement. Bridgeport Harbor 2 may no
longer be needed after the operation of the Southwest Connecticut transmission upgrade
and other changes in the system. At wOrst, the cost of the remaining reliability contract
would be under $5 million for Bridgeport Harbor 2 ($46/kW-year x 130 MW). It is not
clear ~hat magnitude of load reductions would avoid the need for Bridgeport Harbor 2.

~ The caps are 1.4 x $90/kW-yr, or $126/kW-yr in 2010 — 2011; 1.4 times the average of $90 and the
fIrst-year price ($126) or $151/kW-yr in 2011 —2012.; and 1.4 x (.25 x $90 + .75 x ($126 + $151) ÷ 2)

$177/kW-yr in 2012—2013. . . . .

~ “Establishing New England System Topology Assumptions for the Forward Capacity Market,”
Transthission Owners Meeting, October 19, 2006, p. 4.

~ FERC Docket No. ERO3-563-030, August 31, 2004.

~ This is also the conclusion of “Report on th~ Electricity Sector Needs of Connecticut, 2007 —2021,”

London Economics International, on behalf of the Connecticut DPUC, August 25, 2006.
‘~‘ As noted above, DSM resources may reduce actual FCM prices in the first few years of the market’s

operation. If those conditions materialize, some of the RMR generators may request new contracts,
creating the opportunity for additional. DSM to avoid RMR costs. This factor. would tend to offset the
reduction in.avoidable FCM prices and stabilize the value of DSM.
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ix. Comparison to 2005 AESC Estimates of Capacity Costs

The 2005 AESC study, based on the administrative “demand-curve” method then
proposed by ISO-NE for setting locational installed capacity prices, estimated capacity
prices that varied by year and zone. The levelized capacity prices for 2006—2020 (in 2005
dollars, excluding reserves) were $48/kW-year for Maine, $71 /kW-year—$74/kW-year in
various parts of Connecticut, $72/kW-year for Boston, and $68/kW-year in other zones.
Even with reserves and inflation, the values from the 2005 study are lower than the
current estimates, primarily due to the differences in the anticipated ISO capacity
rnarlcets.

x. Derivation of FCM Load Reduction Credits

When preparing our analysis of the FCM, we estimated the capacity credits that program
administrators programs would receive if they bid DSM programs into the forward
capacity auction. Those estimated capacity credits are presented in our Avoided
Electricity Costs in Appendix E. These revenues reflect our estimates of the approximate
levels at which prices will clear in the FCM. Those levels are:

• $80/kW-yr in the year starting June 2010;

$90/kW-yr in the year starting June 2011; and

• $100/kW-yr in the years from June 2012 onward.

It is important to note that these capacity credit revenues are not a component of the
AESC 2007 avoided electricity costs.99 Instead, we have simply provided this estimate
for the convenience of program administrators. For example, regulators may ask program
administrators for an estimate of the FCM revenues they expect from the programs they
bid into that market.

Our estimation of those credits is based upon our projection of the prices in the FCM and
the procedure that ISO-NE will follow to determine credits for load reduction resources
from those prices.100 Under that procedure ISO-NE will determine the credit, i.e., $/kW x
kW of load reduction, to provide a load reduction resource based upon its actual
performance in two key periods, a summer period of June, July, and August, and a winter
period of December and January. In the remaining months the ISO will pay a capacity
credit to that resource based on its performance in each of those periods, specifically:

~ These revenues are not benefits for New England customers as a whole under the Total Resource Cost

(TRC) cost-benefit test, since customers will be paying the FCM charges, as well as getting the benefits
of the FCM revenues offsetting DSM costs.

100 For more detail and the treatment of dispatchable demand-side resources, see “Introduction to Demand

Resource Participation in New England’s Forward Capacity Market,” ISO-NE presentation at the
Sheraton Springfield Monarch Place Hotel, February 16, 2007.
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• In April, May, September, October, and November, the ISO will pay a credit
equalto the resource’s average reduction in June, July, and August; and

. In February and March, the ISO will pay a credit equal to the iesource’s average
: reduction in December and January.

Exhibit 6-4 summarizes the rules for load~reduction credits:

Exhibit 6-4 Procedure for Determination of Load Reduction Credits

Type of Demand Month
Resource
. Dec Jan. Feb Mar Apr May Jun Jul Aug Sep Oct Nov

“On-Peak” 5 to 7 pm I to 5 pm
~ . Average of Average of

~ . Average of Jun
. ~ Dec & Jan Jun-Aug

~ “Seasonal” Load>90% credits credits Load>90% Aug credits
forecast forecast summer~ winter peak peak

Thus, the actual load reduction that a resource achieves in each of the three summer
months of June, July, and August will determine the capacity credit it will receive for the
equivalent of 2.67 months~ i.e~ one summer month plus 1.67 shoulder months. The 1.67
shouldermonths represents one-third of the credit for each of the five months whose
credit is based upon summer performance. Similarly, the actual load reduction that a
resouice achieves in each of the two winter months of December and January will
determine the capacity credit it will receive for the equivalent of 2 months, i e one winter
month plus 1 shoulder month The 1 shouldei month tepresents one-half of the credit for
each of the two months whose ci edit is based upon winter performance The FCM values
presented in the Avoided Electricity Cost workbook in Attachment D aie the effective
annual values .that a resource will receive for load.reduction in each summer month and
in each winter month, e.g., summer value. ($/kW-month) 2.67 * xxx $/kW-month;
winterválue ($/kW-mbnth) = 2.0 * xxx $/kW-month.

C. Adjustment of Capacity Costs for Losses on ISO-
Administered Pool Transmission Facilities

There is a loss of electricity between the generating unit and the ISO’s delivery points,
where power is delivered from the ISO-administered pool transmission facilities (PTF) to
the distribution utility local transmission and distribution systems. Therefore, a 1 kilowatt
load reduction at the ISO’s delivery points, as a result of DSM on a given distribution
network, reduces the quantity of electricity that a generator has to produce by 1 kilowatt
plus the additional quantIty it would have had to generate to compensate for losses 101

101 Computations of avoided costs sometimes assume that only average, and not marginal, losses are

relevant at the peak hour. The reasoning for that approachis that changes iii peak load will lead to
changes in transmission and distribution investment, keeping average percentage losses approximately
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The energy prices forecast by the Market Analytics model reflect these losses. However,
the forecast of capacity costs from the FCM do not. Therefore, the forecast capacity costs
have to be adjusted for theses losses, We are proposing that they be adjusted by a
marginal demand loss factor of 3.38%.

The marginal loss of 3.38% was estimated by regressing the system losses against real
time demand for the top 100 hours in summer 2006 because the ISO does not appear to
publish estimates of the losses on the ISO-administered transmission system at system
peak. Losses were computed as the difference between ISO-reported values for System
Load, which it defines as the sum of generation and net interchange, minus pumping
load, and Non-PTF Demand, the term that the ISO uses for the load delivered into the
networks of distribution utilities. While PTF losses probably vary among zones, losses by
zone could not be identified using the available data,

While there was a large scatter in the data (probably due to plant availability, import
availability, and the changing geographical mix of load), there was a clear upward trend
in losses with load as shown in the exhibit below.

equal. The AESC 2007 avoided costs do not include any avoided PTF investments, so marginal losses
are relevant in this situation.
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Exhibit 6-5. PTF Losses vs. Non-PTF Demand for the Top 100 Summer Hours, 2006
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The regression equation was PTF Losses = 0.0338 x Non-PTF Demand — 350. While the
adjusted R2 was just 0.44, the marginal demand loss factor of 3.38% had a t-statistic of
8.9 and a 95% confidence interval of 2.6% to 4.1%,

D. Retail Adder

Retail prices for full-requirements fixed-price contracts are generally higher than the sum
of wholesale energy and capacity prices during the time period in which the electricity is
being consumed. This differential was shown in the 2001 ABSC repOrt~ and remains in
effect today, even after consideration of the cost impacts of ancillary service, uplift, and
load shapes.

Theprimary factor underlying the retail adder appears to be costs suppliers incur to
mitigate their risk of under-recovering their costs. These risks arise from the potential for
their supply costs to exceed their revenues, i.e., under contracts in which suppliers do not
have a “true-up” provision or adjustment to ensure that their revenues equal their costs.
The potential for supply costs to exceed revenues arises due to factors such as unexpected
variations in weather, economic activity and and/or customer migration. For example,
during hot summers and cold winters LSEs may need to procure additional energy at
shortage prices while in mild weather they may have excess supply under contract that
they need to “dump” into the wholesale market at a loss. The same pattern holds in
economic boom and bust cycles. In addition, the suppliers of power for utility standard-
service offers run risks related to migration of customer load from utility service to
competitive supply (presumably at times of low market prices, leaving the supplier to sell
surplus into a weak market at a loss) and from competitive supply to the utility service (at
times of high market prices, forcing the supplier to purchase additional power in a high-
cost market).
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No utility sponsor of this project was able to provide public information on the retail
adders implicit in the prices bid by their suppliers. Analyses of confidential supplier bids
in other projects suggests that a 10% retail adder is realistic.102 This adder was applied to
the avoided wholesale energy prices and avoided wholesale capacity prices.’03

The details of the risks and costs of serving load are somewhat different in Vermont and
for Public Service ofNew Hampshire, where vertically-integrated utilities procure power
from owned resources and a variety of long- and short-term contracts. It is possible that
those utilities face risks similar in nature and magnitude to those of the competitive
suppliers for new, marginal supplies, However, we were unable to confirm the nature and
magnitude of the risks, and associated costs of risk mitigation, that those utilities face.

E. Demand-Reduction-Induced Price Effects (DRIPE) for Energy
and Capacity

The Demand-Reduction-Induced Price Effect (DRIPE) is the reduction in prices in the
wholesale energy and capacity markets resulting from the reduction in need for energy
and/or capacity due to efficiency and/or demand response programs. This section
describes the AESC 2007 estimates of energy DRIPE and capacity DRIPE. Our estimates

:~in~c~1~ that the DRIPE effects are very small when expressed in terms of an impact on
~markét prices, i.e., reductions of a fraction of a percent. Moreover, we project that those
effects will dissipate over four to five years as the market reacts to the new, lower level of
energy and capacity required. However, the DRIPE impacts are significant when
expressed in absolute dollar terms. Very small impacts on market prices, when applied to
all energy and capacity being purchased in the market, translate into large absolute dollar
amounts.

i. Energy DRIPE

Energy-efficiency measures installed in any one year will have an immediate downward
effect on energy prices because the lower load growth will allow lower-cost resources to
be at the margin—and set the price—in more hours. This impact is referred to as energy
DRIPE. However, those price effects are not likely to persist many years, despite the
persistence of energy savings. The lower energy prices will tend to change the mix of
generation used to supply the market, which in turn will eventually lead to higher prices
erasing the effects of lower loads.

DRIPE in the energy market was estimated based on the following three factors:

102 The magnitude of the adder is smaller for near-term procurements than for power procured years in

advance, and is higher for congestion into load pockets (such as Connecticut) than for supply to
unconstrained areas. The 10% value is a reasonable estimate for the standard-service procurement
schedules in most states.

03 We are unsure how suppliers will structure power supply contracts to capture the risk premium for

energy and capacity moving forward. As a result, our recommendation is that the retail adder be applied
uniformly to both energy and capacity values.
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• . The effect of load reduction on market energy prices, if all energy traded in
the spot market and the supply system did not change as a result of DRIPE
effects;

• The pace at which supply will adapt to energy-efficiency load reductions; and

• The percentageof power supply to retail customers that is subject to market
prices in the current year and each future year.

The final DRIPE was the product of the direct effect from the first factor, times the
percer~t of the effect not yet eliminated by. supply adaptation from the second factor,
times the percentage of power supply that is subject to market prices, from the third
factor. The DRIPE value may differ by month (or season) and zone.

(a) Effect of Load Redu~tioti on Market Energy Prices

The determination of DRIPE starts with an analysis of the historical variation in
locational energy market prices as a function of variation inzonal and regional loads. To
minimize the effect of changes in fuel prices, each month was analyzed ‘separately, over a
period of at least the last year. Due to the unusual weather in the winter of 2006—2007,
analyses from the preceding winter were inc1uded~

The basic fdrm of this historical analysis was a regression of day-aheadhourly zonal
price in do1Iars.per~MWh against both day-ahead load in the zone and day-ah~ad load in
the rest of the ISO control area (rest of pool, or ROP). If one of the resulting coefficients
was implausible o~ insignificant, the zonal price was regressed on total pool load and the
resulting coefficient was used for both the own-zone and ROP load. These analyses were
performed separately for on~ and off-peak hours, since it was expected (and observed)•
that the slope of market price as a function of load would be higher on-peak.

These results indicate that each additional MW of load in a zone typically increases price
in that zone by from 0.4Ø/MWh to 4.5Ø/MWh, depending on the zone andmonth. An
additional MW of load in the ROP typically increases prices from 0.3Ø/MWh to
2.0~/MWh. The price effect is consistently higher on-peak than off-peak.

The total effect on the regional prices in a particular month, if all transactions moved with
the day-ahead market price, would be the sum of th~ following two components:

• the average hourly load in the zone times the zonal effect, and

• the sum oyer zones of the average hourly zonal load times the effect of ROP
load on that zone. • •

The coefficients in Exhibit 6-6 result from the on-peak regressions for June 2006.
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Exhibit 6-6. Coefficients from June 2006 On-Peak Regressions

Coefficients Average Potential
$/MWh per MW Hourly Load DRIPE

~ Zone Own Load ROP MWh $/MWh

CT 0.0211 4,345 91.8

ME 0.0031 1,419 4,4

NH 0.0040 1,530 6.1

RI 0.0050 1,104 5.5

VT 0,0052 686 3,6

NEMA 0.0068 3,458 23,5

SEMA 0.0049 1,949 9.6

WCMA 0.0037 2,282 8.4

Total 152.8

In this example, reducing Connecticut load one on-peak MWh would reduce regional
power bills for the remaining load by about $153, if all prices followed the day-ahead
market.

Pace at which Supply will Adapt to Load Reductions

:As noted above, a reduction in load will reduce actual and projected prices relative to the
levels in the absence of that reduction (the reference case). That reduction in prices will
tend to change the mix of generation used to supply the market. This is referred to this as
supply adaptation. For example, the lower prices due to energy-efficiency investments
may cause the following changes in the supply mix:

• A merchant developer may choose to develop a combustion turbine (CT)
rather than a combined-cycle (CC) unit, if the CC’s reduced energy revenues
do not seem likely to cover its additional fixed costs;

• The developer of a potential combined-cycle unit will generally bid a higher
price for its capacity (since energy revenues will cover less of the cost),
resulting in selection of a combustion turbine in the FCM auction and hence
construction of a CT rather than a CC;

• The owner of an old plant (such as a coal plant) that has low variable
production costs but requires operational or environmental investments may
decide to retire or mothball the plant, due to the lower energy revenues from
continued operation;104 and/or

• The owner of a baseload or intermediate plant may decide to defer spending
that would increase its capacity or reliability, since the incremental revenues
would not justify the expenditures.

104 This is not an entirely hypothetical concern, given the costs of upgrading existing coal (and some oil)

plants to meet tighter limits on air emissions and (for Brayton Point) use of cooling water,
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As the supply mix changes in these and similai~ ways, energy prices would tend to
increase back towards reference case levels. Once this supply adaptation has caused
energy prices to iecovej from the effects of the load reduction, the future decisions by
developers, owners and the ISO should be essentially tjie same as they would have been
without the load reduction. Thus, supply adaptation ceases once the price effect has been
extinguished.

Supply adaptation will take several years to eliminate all DRIPE, since the supply system
cannot immediately respond to the reduction in load. For example, the downward
pressure on energy prices due to efficiency measures implemented in one year (e.g.,
2009) may not immediately affect expectations of market energy price~. The reductions
may only be reflected in decisions to bid FCM capacity in the next year (e.g., 2010) for
capacity to be delivered three years Jate~ (eg., 2013).

Estimating the extent of delay in adaptation of the energy maiket to efficiency-related
load reductions is subject to considerable uncertainty Considering project lead time
(includmg the opei ation of the FCM market) and past experience with over- and under-
building cycles, it is believed that supply adaptation will offset the price effect of DSM
over a period of four years after the installation of the measure, with an offset of 0% in
years one and two, 35% in yearthree and 65% in year four.

(‘c) Share of Retail Power Supply at Current Market Prices

Were all retail power supply provided under cost-of-service pricing or long-term
contracts, a short-term reduction in wholesale market prices would have little effect on
retail, supply prices paid by customers. At the other extreme, if retail customers were
being supplied 100% from the spot market and paying spot-market prices, they would
experience the benefits of short-term reductions in ~‘ho1esale market pric~s fully and
immediately~ The ‘actual mix of power supply under contract for various periods into the
future varies among the states, among the utilities within.some states, between municipal
utilities and independently owned utilitie~ (lOUs), and between customers on standard
utility offer (standard service, default service, last-resort service, etc.), and those served by
competitive suppliers. The standard-offer mixes are subject to legislative and/or
regulatory change.

The exhibit below summarizes the contracting patterns~ for power supply by state and
type of utility and/or supply arrangement,
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Exhibit 6-7. Share of Power Supply Under Contract

Percent Share of Power Supply
of state Under_Contract

Supply Type load 1st Year 2nd Year 3rd Year
b

Connecticut Standard Service 62% 90% 50% 10%

SOLR 10% 50% — —

Competitive Supply 25% - 80% 50% 20%

Munis 3% 95% 90% 85%

Maine Residentia( 40% 85% 10% —

Med & Large C&I~ 15% 45% — —

Competitive Supply 40% - 80% 50% 20%

Munis & Coops 5%. - 95% 90% 85%
1,

Massachusetts NStar + CLC Res & Sm C&I 20% 90% 50% 10%

Other Res & Sm C&I 20% 70% — —

Large C/I DS~ 5% 40% — -

Competitive Supply 40% 80% 50% 20%

Munis 15% 95% 90Y0 85%

New Hampshire PSNT 100% 80% 75% 75%
Other 85% 90% 50% 10%

Rhode Island NGrid 85% 90% 50% 10%

Pascoag 100% 95% 95% 95%
Competitive Supply 62% 90% 50% 10%

Vermont All 10% 50% — —

NOTES

First year is twelve months from measure installation.

Based on the current procurement pattern.

Purchases six months at a time, two months before need, one month lag in load data, Depending on timing,
energy-efficiency measures start to affect purchase prices in three to nine months,

Assume mostly three-year large-C&I contracts, some of which will be expiring in each year. Cost under various
contract reduced by flow-through of various costs (e.g., congestion). Same pattern assumed for all states.

Assume mostly long-term contracts.

Purchases twelve months at a time, four months before need, one month lag in load data.

8Purchases six months at a time, one month before need, one month lag in load data,

The policy is in flux, moving to longer-term procurements. Assumed here to equal the pattern of acquisitions in
Connecticut,

‘Purchases half of requirements for next year every six months. Assume two months before need, one month lag
in load data.

Purchases three months at a time, two months before need, one month lag in load data. Depending on timing,
energy-efficiency measures start to affect purchase prices in three to six months.

From PSNI-I’s 2005 FERC Form 1, Other Service purchased power (pp. 326—327) net ofOther Service sales (pp.
310—311), which was 25% of sales + losses (p. 401). Other Service is for less than one year and/or non-firm.
Since some of the Other Service may be contracted for some period within the first yeai~ we assumed 80% was
contracted in the first year and 75% thereafter.
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In each state, most of the power si~pply for the immediate twelve months is under
contract. In all states except New Hampshire and Vermont, the existing contracts expire
over the next couple years, so consumers will be subject to future market prices reflecting
the effects ofDSM. Exhibit 6-8 sumn~arizes the estimated portion of retail power
supplies exposed to markçt prices, and hence benefiting from the effectofDSM on price,
bver time;

Exhibit 6-8. Share of Power Supply Exposed to Market Prices

.__________________ 1st Year 2nd Year 3rd Year 4th Year

Connecticut 16% 54% .86% . 98%

Maine . .22% 71% 88% 96%

Massachusetts :.. . 20% 56% 77% 88%

New Hampshire . 20% 25% 25% . . 25%

Rhode Island 11%. 50% 88% .100%

Vermont . ,. 5% 5%. 5% 5%

Sales-Weighted .

Regional Average 18% 52% 74% . 83%

Multiplying the share of the load exposed to market prices by the porUon of the price
effect not yet offset by supply adaptation produces an estimate of the percent of load
affected by DRIPE This can be expressed as a formula

% of load subject to ener~ DRIPE (1- supply response) x % ofpower supply prices at
market

Exhibit 6-9 provides, foreach state, the result of reducing the share of load exposed to
market prices from the exhibit above by the supply response in the first line of the exhibit
below, . .

Exhibit 6-9. Percent of Load Affected by Price Effect

. . 1st Year 2’~’ Year 3rd Year 4th Year

Supply Response . . 0% 0% . 35% 65%
.. . . . Retail ~RIPE Effect

. Connecticut . 16% 54% 56% 34%

Maine 23% 72% 57% . 34%

Massachusetts . : 20% . 57%. 50% . 31%

New Hampshire 20% 25% . 16% 9%

Rhode Island 12% 50% 58% 35%

Vermont 5% 5% 3% 2%
Sales-Weighted . . . .

Regional Average . 18% 52% 48% 29%
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Applying those percentages to the potential energy DRIPE produces the energy DRIPE.
Continuing with our sample calculation from Exhibit 6-6, we can calculate the energy
DRIPE effects of a 1 MWh reduction in energy uses in Connecticut in June 2007. That
calculation, presented in Exhibit 6-10, results in an impact of $26/MWh.

Exhibit 6-10. Example Calculation of Energy DRIPE Effects of DSM in
2007

Percent of Load
Potential DRIPE affected by Price Effects by

Zone Price effect Zone
$/MWH % $/MWH

a b c=a*b
CT 91.8 16% 14.7
ME 4.4 22% 1.0
NH 6.1 20% 1,2
RI 5.5 11% 0.6
VT 3.6 5% 0.2
NEMA 23.5 20% 4.7
SEMA 9.6 20% 1.9
WCMA 8.4 20% 1.7
Total 26.0~
Sources Exhibit 6-4 Exhibit 6-7

CT in June

In Exhibit 6-10 we present our forecast of energy DRIPE effects by zone, year and
season, expressed in dollars per MWh saved in each zone.
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Exbibi~ 641. Price Effects by Zone (2007$ pe.r MWh Saved)

V Zone
Year Season CT ME NH I RI I VT I NEMA I SEMA I WCMA

V V On-Peak V

1 Summer 33.2 23.7 28,3 24.1 24.5: 28.9 31.0 V 26,1

1 V Winter 16.5 V V 15.1 15.2 14.5 146 18.1 154

2 Summer 100.2 69,3 70.3 712 84.0 901 76.0

2 Winter V V 48.7 44.1 42,3 42;6 421 43.9 52,3 44.5
V 3 Summer 97.1 65.1 69.4 66,0 66.8 78,2 83.6 71.1

3 Winter 46.3 40.8 39.2 V 40.3 39.4 V 40,9 48.4 41.5

4 Summer 59 1 39 5 419 40 1 406 47 6 50 9 43 2

4 Winter 28 1 24 7 237 24 5 239 24 9 29 5 25 2
V V V V V. V~ V Off-Peak V V V V V

1 Summer V~ 16.4 10.1 14.2 10.4 9.8 12.6 12.6 9.7

.1 Winter V V 13,3 .12.4 14.4 11.8 1L5 13.1 ~. 14.1 11.7

2. St~mmer V 50.5 29.8 314 28,6 36.7 36.7 28.5

2 Winter 39.4 36.5 37.1 34.7 33.5 38,0 41.Ô 34.1

3 Summer 49.5 27.6 30.1 29.9 26.6 V 33.8 33.8 26.5

3 Winter. V 37~3 335 33.5 32.6 31.1 35.2 37:8 31.7

4 Summer 30.1 16.7 18.1 18.1 16.2 20.6 20.6 . 16.1

4 V Winter 22,7 20.3 2O~2 V 19,8,, 1.8.9 ~. 21.4. . 23.0 19.3

We used the same set of Massachusetts estimates Of percentage load affected by price
effects for all three Massachusetts zones.

ii. Capacity DRIPE

One would expect that the reduction of load due to efficiency programs should reduce
capacity prices in the forward capacity market as well as on electric energy prices in the
wholesale energy markets. However, since the forward capacity market will set prices
roughly three years in advance, and is likely to be tied closely to the cost of new entry, it
is expected that-capacity prices will not be very sensitive to small changes in load growth,
so long as the growth in load plus retirements of existing capacity continues to require

V some-generic new capacity. Nonetheless, even a small change in market capacity price~

could have significant cumulative effects across New England.

The AESC 2007 approach to estimating capacity DRIPE was fundamentally different
from that in the 2005 AESC report because ISO-NB has moved from an ICAP approach
toVa FCM. At the time of the 2005 AESC report, ISO-NE was proposing an installed-
capacity (ICAP) market with prices determined administratively, based on the ratio of
capacity resourQes to peak load. Accordingly, the 2005 report estimated the effect of
reduced peak load on the administrative determination of price Since that time, ISO-NE
has abandoned that ICAP market and replaced it with the forward capacity market.
DRIPE effects in the FCM are difficult to estimate and are likely to be small.
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It is expected that several generating units will bid into, and be selected under, the annual
FCM auction (i.e., a supply curve). The cost of the most-expensive unit selected, the
marginal new peaking unit, will set the FCM price from that auction. The capacity
DRIPE was calculated by estimating the impact of energy-efficiency bid into the FCM on
the FCM price. Energy efficiency bid into the FCM would shift the supply curve to the
right. The impact of this energy efficiency on FCM prices will very much depend upon
the quantity that is bid. If a very small quantity of DSM is bid, the impact on the supply
curve may not be large enough to eliminate the need for the marginal new unit and hence
there would be no impact on the FCM price. On the other hand, if a very large quantity of
DSM is bid, the impact on the supply curve may be large enough to eliminate the need
for the most expensive and next most expensive peakers and thereby allow the market to
clear at the cost of the third most expensive peaker.

Energy efficiency that is not bid into the FCM will also have a capacity DRIPE effect.
However, those effects may be delayed, since the effect on pricing will occur starting
with the first FCM auction after implementation, when the DSM reduces load and the
ISO reduces the installed-capacity requirement for the capacity auctions two or three
years later, In contrast, bid DSM will affect the FCM price for the auction into which it is
bid, potentially reducing prices in the year the DSM is implemented.

Our application of this approach can be illustrated by building upon our example of the
FCM presented earlier in Exhibit 6-3. In that example, we assumed that new peaker units
would submit bids in increments of 200 MW, that the difference between their bid prices
would be $1/kW-yr or $0.083/kW-month, and that the FCM would clear at a price of
$8.33/kW-month. Now, we consider a second scenario, presented in Exhibit 6-11, in
which 525 MW of DSM is bid into the market. That quantity of DSM would effectively
shift the supply bid curve to the right by 600 MW, the impact of 525 MW of DSM when
adjusted for a reserve margin of 14.3%. In this scenario, the FCM now clears at
$8.08/kW-month, a reduction of $0.25/kW-month.
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Exhibit 6-12. ILlustrative FCM Price with 525 MW of DSM Bids

$9.09

$800~ —

~In9MWprlceTakers~5MW~M~er8

20,000 22,000 24,000 26,000 26,000 30,000 32000

MWbid

Based upon these assumptions, each MW of DSM bid Into the market would reduce the
mat ket-clearing price by an average of $0 0057/MW-year 105 Thus, each kW of DSM
would reduce the market-cleaimg price by an avei age of $0 0000057/kW-year That
seems like a minute effect, but it would reduce the price of some 33,000 MW of pool-
wide capacity requirement by 2011, for a total potential DRIPE effect of about $1 90/kW-
year of load reduction 106 We recommend that this estimate be updated by analyzing
actual bids once ISO-NE teleases the bids received in the FCM auction in 2008

For the2008 DSM program year, assuming that the savings are bid into the first FCM
auction in February 2008, the capacity DRIPE effect would apply to the power year
starting June 2010. Since that effect wouldonly apply to seven months in 2010, and since
the analysis that produced the Share, of Power Supply Exposed to Market Prices exhibit
above suggests that about 65% of ISO load (between the second and third-year results)
would be exposed to the market 2¼ years into the future, the capacity DRIPE for 2010
might be about$72/kW of load reduction in the2008 program plan.107 For 2011, capacity
DRIPEmi~ht.risê tà $140/kW for a full year ofFCM with less supply (about 25%) under
contract.10 The impacts of efficiency implemented under the 2009 DSM program year
would be similar.

~ $1/kW-yr 525 MW = $0.0057/kW-yr per MW of load reduction. We divide by 525 MW, because 175

MW of load reduction, when grossed up by a reserve margin of 14.3%, would avoid the need for
600MW or 3 peakers at 200 MW each.

106 33,000,000 kW x $0.000057/kW—yr per kW of load reduction $190/kWofload reduction.
107 $190/kW x 65% x 7/12 $72/kW
108 $190/kW yr x 75% $140/kW yr
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As difficult as it is to estimate the rate at which the energy market (which has operated in
a similar manner for several years and is relatively well understood) will adapt to the
addition of energy-efficiency, the FCM maricet is much harder. The best estimate, using
the limited historical experience with response of the capacity markets to over- and
under-building situations, is that the FCM DRIPE will dissipate linearly over the fourth
and fifth years following the implementation of the energy-efficiency measures. With
these assumptions, capacity DRIPE would be as follows:

Exhibit 6-13. Capacity DRIPE by Year and Program Year (2007$/kW)

DSM Program
Year

Year 2008 2009
2010 $72

2011 $140

2012 $90 $140

2013 $40 $90

2014 $40

(d,) Comparison to 2005 AESC DRIPE Estimates

The 2Q05 AESC study estimated capacity DRIPE based on the administrative “demand
ourve’~ method then proposed by ISO-NE for setting locational installed capacity prices.
The 2005 AESC study also estimated an alternative capacity DRIPE value, labeled
“DRIPE light,” reflecting the fact that not all capacity is traded in the spot market.
Neither of those DRIPE values anticipated a phase-out of the capacity DRIPE effect over
time. Hence, the cumulative capacity DRIPE effects in the 2005 AESC study, with the
exception of Maine, were greater than the corresponding effects in AESC 2007 as shown
in Exhibit 6-14 below.

Exhibit 6-14. 15 Year Levelized (2008-2022) Capacity DRIPE - AESC 2005 vs.
AESC 2007

Zone AESC 2005 AESC 2007 Change
Maine (ME) 14,37 22,80 59%
Boston (NEMA) 236.91 2280 -90°!
Rest of Massachusetts (non-NEMA) 237,81 24,63 -90%
Central & Western Massachusetts (WCMA) 237,81 24.63 -90%
New Hampshire (NH) 237.81 22,80 -90
Rhode Island (RI) 237.81 24.63 -90
Vermont (VT) 237,81 22,80 -90°
Norwalk (NS) 714.09 24.63 -97°
Southwest Connecticut (SWCT) 56,33 22.80 -60°
Rest of Connecticut (non-SWCT) 244.43 24.63 -90°

The AESC 2005 data are the DRIPE 0.75% Capacity Price in 2007$/kW-yr
The AESC 2007 data are the Annual Market Capacity Value from DRIPE for Installations in 2008 in 2007$/kW-yr

The 2007 AESC does not assume that capacity DRIPE will continue indefinitely.
However, it is worth noting that the phase-out schedule assumption is simply one
estimate from a wide range of reasonable estimates.
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7. EnvirOnmental Effects

A. Physical Environmental Benefits from Energy Efficiency
and Demand Reductions

The scope of work asks for the. heat rates, fuel sources, and emissions ofN0~, S0~, 002,
and mercui y of the mat ginal units during each of the energy and capacity costing periods
in the 2007 base yeat It also asks for the quantity of environmental benefits that would
correspond to energy efficiency and demand reductions, in lbs/MWh and lbs/kW,
respectively, duimg each costing period

We began by identifying the marginal unit in each hour in each ttansmission area The
model reports the marginal unit for each hour in each tiansrnission area Once the
marginal units were identified we drew theirheat rates, fuel sources~ and emission rates
forNO~, S0>~, 002, and mercury from the database of input assumptions used in our
Market Analytics simulation of the New England Wholesale electricity market. The
marginal units and their characteristics are presented in Exhibits 7-1 and 7-2 below.

Exhibit 7-1. 20.07 New England Marginal Heat Rate by Pricing Period (Btu/kWh)

‘. . Season & lime of Day .

. . . : Summer ..~ . . Winter .~: Grand Total

• OffPeak .OnPeak OffPeak OnPeak
~ Average Heat Rate 9,245 10,259 9,022 9,808. 9,442

Exhibit 7-2. 2007 New England Marginal Fuel Type

. . . Season & Time of Day

Summer Winter Grand Total
FuelType OfiPeak OnPeak OffPeak OnPeak
Gas . 63.46% . 48.94% 6.7.36% 53:69% 60.67%
Oil . 25.21% 42.56% 25.64% 37.35% 30.78%
DSM . 1.34% 7.56% 2:53% 8.96% . 4.29%
Coal 7:96% S . 0!48% 3,91% 0,00% .3.49%
LFG 0.87% 0.46%, 0,45% 0.00% 0.47%
Blomass 1,15% 0,00% .0.12% 0.00% 0.30%
Grand Total 100.00% 100:00% 100.00% 100.00% 10000%

We then calculated the physical envuonmental benefits from energy efficiency and
demand reductions by calculating the emissions of each of those marginal Units in terms
of lbs/MWh and lbs/kW. We did this by multiplying the quantity of fuel each marginal
unit burned by the corresponding emission rate for each pollutant for that type of unit and
fuel.

The calculations for each pollutant in each hour are .as follows:
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• Marginal Emissions = (Fuel BurnedMu (MMBu) x Emission RaleMu (lbs/MMBtu)
x 1 ton/2000 lbs)/GenerationMu (MWh)

Where,

• Fuel BurnedMu = the fuel burned by the marginal unit in the hour in which that
unit is on the margin,

• Emission RateMu = the emission rate for the marginal unit, and

• GenerationMu = Generation by the marginal unit in the hour in which that unit is
on the margin.

The avoided emissions values shown in Exhibits 7-3 through 7-12 below represent the
averages for each pollutant over each costing period for all of New England, The first 5
exhibits show the avoided emissions values in short tons/MWh and the second 5 exhibits
show the avoided emissions values in short lbs/kWh, We report the emission rates by
modeling zone because that is the way that the calculations were done. However, the
differences between zones are generally insignificant.

Exhibit 7-3. 2007 New England Summary of Avoided C02, NO~, SO2 and Mercury
(Hg) Emissions Rate by Pricing Period (short tonsiMWh)

Season & Time of Day
.. Summer Winter Grand Total

Data OffPeak OnPeak OffPeak OnPeak
C02 (short tons/MWh) 0.66 0.68 0.60 0.61 0.63
NOx (short tons/MWh) 0.00052 0.00074 0,00045 0,00054 0.00054
S02 (short tons/MWh) 0.0010 0.0014 0.0008 0,0014 0.0010
Hg (short tons/MWh) 9.462-10 1.122-11 2.812-10 .0.002+00 3.272-10

Exhibit 7-4. 2007 New England Avoided CO2 Emissions by Modeling Zone and
Pricing Period (short tons/MWh)

002 (short tonslMWh) Season & Time of Day
Summer Winter Grand Total

Transmission Area OffPeak OnPeak OffPeak OnPeak
NEW ENGLAND - Bangor Hydro Area 067 0.68 0.60 0.60 0.63
NEW ENGLAND - Boston 0.66 0.67 0.60 0,61 0.63
NEW ENGLAND - Central Maine Power Area 0.67 0.68 0.60 060 0.63
NEW ENGLAND - Central Massachusetts 0,66 0.67 0.60 0,61 0.63
NEW ENGLAND - Connecticut Central-North 0,66 0.67 0.60 0,60 0.63
NEW ENGLAND - Connecticut Southwest 0.66 0.67 0.60 0.60 0,63
NEW ENGLAND - New Hampshire 0.66 0.68 0.60 0.60 0.63
NEW ENGLAND - Rhode Island 0.66 0.68 0.60 0.61 0.63
NEW ENGLAND - Southeast Massachusetts 0.66 0.67 0.60 0.61 0.63
NEW ENGLAND - Vermont 0.66 0.68 0.60 0.60 0.63
NEW ENGLAND - Western Massachusetts 0,66 0.68 0.60 0.61 0.63
Grand Total 0.66 0.68 0.60 0.61 0.63
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Exhibitr7-5. 2007 New Englan.d Avoided NO~ Emissions by Modeling Zone and
Pricing Period (short tons/MWh)

NOx (short tons/MWh) Season & Time of Day
V Summer Winter Grand Total

Transmission Area OffPeak OnPeak OffPeak OnPealc
NEW ENGLAND - Bangor Hydro Area 000053 0.00074 0,00045 0.00054 0.00054
NEW ENGLAND - Boston 0.00052 0.00073 0.00045 0:00055 0.00054
NEW ENGLAND - Central Maine Power Area 000053 0.00074 0.00046 0.00054 0.00054
NEW ENGLAND~ Central Massachusetts V 0,00052 0.00073 0.00045 0.00055 0.00054
NEW ENGLAND- Connecticut Central-North 0,00052 0.00075 0.00045 000054 0.00054

• NEW.ENOLAND - Connecticut Southwest 0.00052 0.00074 0.00045 : 0;00055 0.00054
NEW ENGLAND - New Hampshire V 0.00052 V V 0.00074 0.00045 0.00054 0.00054
NEW.ENGLAND - Rhode Island V P.00052 V 0.00073 0.00045 0.00055 V 0.00054
NEW ENGLAND Southeast Massachusetts 0 00052 0 00073 0 00045 0 00055 0 00054
NEW ENGLAND Vermont 0 00052 0 00073 0 00045 0 00054 0 00053
NEW ENGLAND - Western Massachusetts V 0.00053 0:00074 V 0.00045 0.00055 0.00054
Grand Total V V V V V VV V V 0.00052 V V 0.00074 0.00045 0,00054 0.00054

Exhibit 7-6.2007 New England Avoided SO2 Emissions by Modeling Zone and
Pricing Period (short tOfls/MWh). V V V V V V V V V

S02 (short tons/MWh) Season & Time of Day
V VV V VV V V V V Summer Winter V V Grand Total

Transmis~ion Area V V V V QffPeak OnPeak V Qffpeak V V OnPeak V

NEWENGLAND - Bangor HydroVArea V V V V 0.001.0 0,0015 0.0008 0,0014 0~0011
NEW ENGLAND - Boston ~V V V V 00010 V 0.0014 0.0008 V V 0.0014 V 0,001.0
NEW ENGLAND - Central Maine Power Area 00010 V 0.0015 0.0008 0.0014 0.0011
NEW ENGLAND- Central Massachusetts V 00010 0,0014 0.0007 0.0014 0.0010 V

NEW ENGLAND - Connecticut Central-North 0.0010 V V 0,0013 0.0007 0.0013 0.0010
NEW ENGLAND - Connecticut Southwest 0.0010 0.0013 0.0007 0.0013 0.0010
NEWVENGLAND-NewHampshlre V 0.0010 0.0015 0.0008 0.0014 0,0011 V

NEW ENGLAND - Rhodeisland V VV.VV 00010 0.0014 0.0008 0.0014 00010
NEW ENGLAND - Southeast Massachusetts VVV 0.0010 0.0014 V 0,0007 00014 V 0.0010
NEW ENGLAND - Vermont V V VVV V 0.0010 V 0.0014 V 0.0007 V 0.0013 V 00010
NEW ENGLAND - Western Massachusetts V V 0.0010 0.0014 V 0.0007 V V 00014 0.0010
Gr8ndTotal VVV V V V V V V VVV 0.0010 VV 0.0014 0.0008 V 0.0014 V 0.0010
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Exhibit 7-7. 2007 New England Avoided Mercury (Hg) Emissions by Modeling Zone
and Pricing Period (short tons/MWh)

Hg (short tons/MWh) Season & Time of Day
Summer Winter Grand Total

Transmission Area OffPeak OnPeak OffPeak OnPeak
NEW ENGLAND Bangor Hydro Area 9.52E-10 l,14E-l1 2.91E-10 0.OQE+0O 3.34E-l0
NEW ENGLAND - Boston 9,52E-1O 1.12E-11 2.92E-1O 0.OOE+0O 3.32E-10
NEWENGLAND - Central Maine Power Area 9.52E-lO l,1IE-ll 2.88E-l0 0.OOE+00 3.31 E-1O
NEW ENGLAND - Central Massachusetts 9.37E-1 0 1 .13E-1 I 2.93E-1 0 0.OOE+00 3.31 E-1 0
NEW ENGLAND - Connecticut Central-North 9.43E-1O 1.13E-1I 2.68E-10 0.OOE÷00 3.22E-1O
NEW ENGLAND - Connecticut Southwest 9.43E-I0 1.13E-11 2.68E-IO 0.OOE+00 3.22E-10
NEW ENGLAND New Hampshire 9,43E-1 0 1.11 E-1 1 2,91 E-10 0.OOE+00 3,31 E-10
NEW ENGLAND - Rhode Island 9.43E-10 1.IIE-1I 2.92E~10 0.OOE+00 3.31E-10
NEW ENGLAND - Southeast Massachusetts 9.43E-10 1.13E-1I 2.69E-10 0.OOE+00 3.22E-10
NEW ENGLAND-Vermont 9.50E-10 1.14E-1I 2.68E-I0 0.OOE+00 3.24E-1O
NEW ENGLAND - Western Massachusetts 9.47E-1O 1 .12E-1 1 2.69E-10 0.OOE+00 3.22E-10
Grand Total 9.46E-10 1.12E-11 2.81E-1O 0.OOE+00 3.27E-10

Exhibit 7=8. 2007 New England Summary of Avoided C02, NO~, SO2 and Mercury
(Hg) Emissions by Pricing Period (lbs/kWh)

. Season & Time of Day
. Summer Winter Grand Total

Data OffPeak OnPeak OffPeak OnPeak
C02 (lbs/kWh) 1,32 ‘1,35 1.20 1.21 1.26
NOx (lbs/kWh) 0,001 05 0.00147 0.00090 0.001 09 0.00108
S02 (lbs/kWh) 0.0020 0.0028 0.0015 u.u028 0.0021
Hg (lbs/kWh) 1.89E-09 2.25E-11 5.62E-10 0.OOE+00 6.55E-10

Exhibit 7-9. 2007 New England Avoided CO2 Emissions by Modeling Zone and
Pricing Period (lbs/kWh)

C02 (lbs/kWh) Season & Time of Day
Summer Winter Grand Total

EntityName OffPeak OnPeak •OffPeak OnPeak
NEW ENGLAND - Bangor Hydro Area 1.33 1.36 1.20 1.21 1.26
NEWENGLAND-Boston 1.32 1.35 1.20 1.21 1.26
NEW ENGLAND - Central Maine Power Area 1,33 1.35 1.21 1.21 1.26
NEW ENGLAND - Central Massachusetts 1.32 1.35 1.20 1,21 1.26
NEW ENGLAND - Connecticut ~entrai-Nodh 1.32 1,35 1.20 1.21 1.25
NEW ENGLAND - Connecticut Southwest 1.32 1.35 1.20 1.21 1.26
NEW ENGLAND-New Hampshire 1.32 1.36 1.20 1.21 1.26
NEW ENGLAND - Rhode Island 1.32 1.35 1.20 1.21 1.26
NEW ENGLAND - Southeast Massachusetts 1.32 1.35 1.20 1.21 1.26
NEW ENGLAND-Vermont 1.32 1.35 1.20 1.21 1.26
NEW ENGLAND - Western Massachusetts 1.33 1.36 1.20 1.22 1.26
Grand Total 1.32 1.35 1.20 1.21 1.26
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Exhibit 7-10. 2007 New England Avoided NO~ Emissions by Modeling Zone and
Pricing Period (lbs/kWh)

NOx (lbs/kWh) Season & Time of Day
~ Summer Winter Grand Total

EntityName OffPeak OnPeak OffPeak OnPeak
NEW ENGLAND Bangor Hydro Area 0.00105 0.00148 0;00090 Q.00108 0,00108
NEW ENGLAND -Boston 0.00104 0.00146 0.00090 0.001 09 0.001 07
NEW ENGLAND ~Central Maine Power Area 0.00105 0,00147 0.00091 0.00107 .0.00108
NEW ENGLAND - Central Massachusetts 0.00104 0,00146 0.00090 0.001 09 0.00108
NEW ENGLAND Connecticut Central-North 0.00104 0.00150 0.00090 0.001 09 0.00108
NEW ENGLAND - Connecticut Southwest - 0.00104 0.00147 0.00090 0.001 09. 0.00108
NEW ENGLAND - New Hampshire . 0.00104. 0,00148 0.00091 -0.00108 .0:00108
NEW ENGLAND -Rhode Island.-’- .- 0.00104 0,00147 0.00091 0.00109 0.001 08
NEW ENGLAND - Southeast Massachusetts. . 0,00104 0.00146 0.00090 .0.00109 0.00107
NEW ENGLAND - Vermont 0.00105 - 0.00146 0.00090 0,00107 0.00107
NEW ENGLAND -Western Massachusetts 0.00105 0.00148 . 0.00089 - 0,00109 0.00108
Grand Total . . 0.00105 0.00147 0.00090 0.00109 0.00108

Exhibit 7-11. 2007 New England Avoided SO2 Emissions, by Modeling Zone and
Pricing Period (lbs/kWh)

S02 (lbs/kWh) . . . ‘. - - . Season & Time of Day -
. - . - . Summer - Winter Grand Total

EntityName . - . . - OffPeak OnPeak OffPeak OnPeak
NEW ENGLAND - Bangor 1-lydro Area- - - .0.0021 0.0029 0.0016 0.0028 0.0021
NEW ENGLAND - Boston - . 0.0019 0.0028 0.0015 0.0028 o.oogi
NEW ENGLAND-Central MalnePowerArea 0.0021 - 0.0029 - 0.0016 0.0028 - 0,0021
NEW ENGLAND - Central Massachusetts - .0.0020 0,0028 - 0.0015 0.0028 - 0.0021
NEW ENGLAND - Connecticut Central-North 0.0019 0.0026 0.0015 - 0.0026 - 0.0020
NEW ENGLAND - Connecticut Southwest - 0.0019 0.0027 0,0015 0.0026 0.0020
NEW-ENGLAND-New Hampshire 0.0020 -0.0030 0.0016 0.0028 0.0022
NEW ENGLAND - Rhode Island ‘- 0.0020 - - 0.0028 0.0015 0.0028 0.0021
NEW ENGLAND - Southeast Massachusetts 0.0020 0.0028 0.0015 0.0028 0.0021
NEW ENGLAND - Vermont 0.0020 0.0029 0.0015 - 0.0027 0.0021
NEW ENGLAND - Western Massachusetts 0.0020 0.0029 0.0015 0.0027 0.0021
Grand Total . - 0,0020 0.0028 0.0015 0.0028 0.0021
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Exhibit 7-12. 2007 New England Avoided Mercury (Hg) Emissions by Modeling
Zone and Pricing Period (lbs/kWh)

Hg (lbs/kWh) Season & Time of Day
Summer Winter Grand Total

EntityName OffPeak On Peak OffPanic OnPeak
NEWENGLAND-BangorHydroArea 1.90E-09 227E-11 5.81E-1O 0,00E+00 6,68E-10
NEW ENGLAND - Boston 1 .90E-09 2.24E-1 I 584E-1 0 O00E+O0 6.65E-I 0
NEW ENGLAND - Central Maine Power Area 1.90E-09 2.23E-1 1 5.76E-l0 0.OOE+00 6.62E-10
NEW ENGLAND - Central Massachusetts 1 ,87E-09 2,26E-1 I 5.87E-1 0 0.OOE+00 6.62E-1 0
NEW ENGLAND - Connecticut Central-North I .89E-09 2.26E-1 I 5,36E-1O 0OOE+00 6.43E-I0
NEW ENGLAND - Connecticut Southwest 1.89E-09 2.25E-11 5.36E-1O 0.OOE+O0 6,43E-10
NEWENGLAND-NewHainpshire 1.89E-09 2.23E-1I 5.83E-10 0.OOE+OO 661E-I0
NEW ENGLAND - Rhode Island 1.89E-09 2.23E-1I 584E-IO 0,00E+0O 661 E-10
NEW ENGLAND - Southeast Massachusetts I .89E-09 2,25E-1 I 539E-1 0 O.OOE+00 6.44E-1 0
NEW ENGLAND - Vermont I .90E-09 2.27E-1 I 5.37E-10 0.OOE+00 6,48E-1 0
NEW ENGLAND - Western Massachusetts I .89E-09 2.24E-1 I 5.39E-10 0.OOE+00 6.44E-1O
Grand Total 1.89E-09 225E-11 5.62E-10 O.OOE+00 6.55E-1O

B. Monetized Emission Va!ues

The concept of “externalities” is drawn from the field of economics. Externalities are
impacts from the production of a good or service that are not reflected in price of that
Vgood or service, and that are not considered in the decision to provide that good or
service.109 Air pollution is a classic externality. Pollutants are released from a facility,
imposing health impacts on a population, causing damage to an ecosystem, or both. The
costs of those health impacts and/or ecosystem damages are not reflected in the price of
the product and are not borne by the owner of the pollutant source, and are thus external
to the financial decisions pertaining to the source of the pollutant.

i. History of Environmental Externalities — Policies in New England

During the early I 990s, utilities and utility regulators in many states engaged actively in
efforts to quantify environmental externalities, and to incorporate consideration of those
externalities into utility planning and decision-making. Several of the New England
states had proceedings dealing with externalities. In Massachusetts, a pair of related
dockets (DPU 89-239 and 91-13 1) was particularly noteworthy for their timing,
litigiousness, and thoroughness. In other states the materials from, and decisions made in,
the Massachusetts dockets served as a model, sometimes adapted to the local
circumstances and concerns.

In Vermont, for example, the Public Service Board adopted a policy of applying a 5%
percentage adder to the cost of generation and transmission resources to reflect
environmental externalities and a 10% reduction to the cost of demand side management
resources in evaluating resources (VT PSB Order in Docket 5270), Vermont also held a
series of workshops to discuss the development of environmental externality values for

109 In economics, an externality can be positive or negative; in this discussion we are focusing on negative

externalities.
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Vermont, but that process did not result in a specific set of values Instead the
environmental externality values selected in Massachusetts were adopted for .use in
Vermont in a series of Company-specific settlement agreements.

The Massachusetts efforts to address environmental externalities will be discussed briefly
here, with a focus on carbon dioxide emissions Docket DPU 89-239 was opened to
develop “Rules to Implement Integrated Resource Planning” (IRE’) and included
consideration of many aspects of IRP including deteimination and application of
environmental externalities values. In its order in that docket, the Department adopted a
set of dollar values for air emission~ based upon testimony by Bru’ce Biewald, a witness
for the Division of Eneigy Resources The CO2 value adopted in that order was $22 per
ton of CO2 (in 1989$) and, was based upon a “target” approach)1°

The Department of Public Utilities (DPU) in Massachusetts subsequently opened Docket
DPU 91-131 specifically to examine environmental externalities In this docket theie
were 2,5 parties, with 21 witnessestestifying over 15 hearing days. The D.PU heard
testimony recOmmending various ‘approaches for quantifying the CO2 externality value,
including Dr William Nordhaus testifying on behalf of Massachusetts Electric Company
recommending a’ damage cost approach, ‘Bruce Biewaid testifying on behalf of the
Massachusetts Division of Energy Resources, and Paul Chernick testifying on behalf of
Boston Gas Compauy, both iecomiriendmg a “si~stainabiiity talget appioach”

B iewald presented a report which outlined the different methods for monetizing
externalities, and recommended $23 per ton of CO2 (in 1990 dollars) ~

The Department’sOrder ‘in’ Docket DPU91-131 wasnoteworthy for its foresight
regarding climate change, albeit optimistic about the timing of recognition of climate
change into policies and regulation in the, United States. The Department, in ,its
November 10, 1992 order, concluded: ‘

The record in this’, docket indiCates that ‘the scientific community believes that
continued CO2 emissions will iaise global tempeiatuies significantly, with
potentially significant damage to many aspects of society CO2 currently is not
regulated in the United States, but efforts are underway in the United States and
internationally to develop regulations to reduce emissions of CO2 in the,
atmosphere. The generation ‘of electricity contributes significantly to the buildup
of CO2 in the atmosphere. The electricity generation industry is likely to be
substantially affected by efforts to regulate, tax, or otherwise limit, emissions of
CO2. Clearly, it would be prudent for current and future suppliers of electricity to
anticipate that CO2 regulations will be promulgated in the’ United States and/or
internationally in ,the future, ,and that such regulations will affect resource options
which might be considered in IRM resource solicitations

110 Exh. bOER-~, Exit BB-2, p. 26, ‘ ‘ ‘

~ “Valuation of Environmental Externalities: Sulfur Dioxide and Greenhouse Gases,” by Bruce Biewald,

Stephen Bernow, Kevin Gurney, Michael Lazarus, and’Kristin Wulfsberg. Tellus Institute, December~
13, 1991. ‘ ‘
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The Department has recognized the large degree of uncertainty associated with
estimating (1) the future damages from CO2 emissions and (2) the future costs to
control or otherwise regulate CO2 emissions. The parties in this proceeding agree
that estimating the net damages associated with expected global warming is
fraught with uncertainty. They disagree, however, about how much uncertainty
should be attached to estimates of future global warming. They disagree even
more on the likely damages from future global warming. Consequently, the
Department has been presented with a wide range of estimated external cost
values for C02, from a negative value to many times the current value.”2

In this case, the Department will determine whether it has been demonstrated that
any proposed damage estimates for CO2 are comprehensive and reliable, or, if
not, are more reasonable than the Department’s current value. 113

Based on information in the record, the Department reaffirmed the CO2 value it had
adopted in the previous case, $22 per ton (in 1989 dollars).’14

One of the important dynamics that can be observed in the evolution of environmental
policies is the time lag between (1) the recognition of an environmental or health hazard,
(2) the scientific study and documentation of the impacts, (3) the development and
implementation of regulations to address the harm, and (4) the adjustment of the
regulations to recognize evolving understanding of the impacts and the changing political
;vonsensus, The history of acid rain regulation provides a good example of this time lag.
Acid rain was recognized as early as the mid-nineteenth century in England; however, it
wasn’t until the 1960s that the science and impacts of acid rain were widely studied. In
1980 Congress established a ten year research program, the National Acidic Precipitation
Assessment Program to understand and quantify acid rain impacts. The Clean Air Act
Amendments of 1990 included provisions for SO2 emission caps to be implemented
beginning in 1995 (“phase 1”) for the largest sources, and 2000 (“phase 2”) for other
sources, More recently, the Clean Air Interstate Rule, passed by Congress in March 2005,
adjusts the SO2 emissions cap downward with an ultimate effect of reducing SO2
emissions about 73% from 2003 levels, in order to address severe interstate pollutant
transport issues that were not effectively addressed by prior regulation.

Action to address the depletion of the stratospheric ozone layer was more rapid,
demonstrating the international community’s ability to act relatively swiftly when
convinced that urgent action is required. In the early 1 970s two scientists identified
compounds that were depleting the ozone layer; by 1985 scientists had observed and
documented an “Antarctic Ozone Hole” during springtime. In 1987 international action
resulted in the negotiation of the Montreal Protocol to regulate the use and production of
ozone-depleting substances. In terms of climate change and carbon dioxide regulations in
the United States, we are currently at the early stages of a similar ongoing and evolving

‘12DpU 86-36-G, pp.86-87
113 DPU 86-36-G, pp.73-74

“4DPU 86-36-G, pp.76
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process. The regulatory history of acid rain and Of ozone depletion contributed important
foundations for efforts to regulate greenhouse gas emissions (federal government role in
addressing pollution, and framework for international negotiations on pollutants,
respectively). V V V

V Carbon Dioxide will be the Dominant Externality from Electricity
Production andUse in New England Over the Study Period V

Externalities associated with electricity production and uses include a wide vanety of air
pollutants, water pollutants, and.landV use impacts~ Theprinciple air pollutants that have
externalities include carbon: dioxide, sulfur dioxide, nitrogen oxides and ozone,
particulates,and mercury. V V V V

There have been several fairly comprehensive studies that assess the full range of

environmental impacts from electricity generation and usc. These include:

• Environmental Costs ofElectricity, prepared by the Pace University Center
V fo~ Environmental and Legal Studies: Vottinger K, et. al,, for NYSERDA, V

V Oceana Publications, VIi~, 1990; V V V

• The New York State Environmental Externalities Cost Study, RCG/Hagler~
Badly, Inc a~d Tellus Institute, for the Empire State Electi ic Energy Research
Corporation (ESEERCO), multiple volumes, 1994 and 1995,

• Non-Price Benefits of BECo Demand-Side Management Programs, foi the
Boston Edison Settlement Boaid, Tellus No 93-174A, July 1994, and

V • US~ECVFuel Cycle Study, by Oak Ridge National Laboratory and Resources
V for the Future, for the US Dôpartment of Energy and the Commission of the

V European Communities, multiple volumes, 1992 to 1994,

The list of externalities from energy pioduction and use is quite long, and includes the
following

• Air emissions (including SO2, NOR, particulates, mercury, lead, other toxins,
and greenhouse gases) and the associated health and ecological damages,

• Fuel cycle impacts associated with “front end” activities such as mining and
transportation, and waste disposal; V V V

V• Water useV and pollution; V

• Landuse; V V

• Aesthetic impacts of power plants and related facilities; V

• Radiological exposures related to nuclear power plant fuel supply and
operation (routine and accident scenarios); and

• Other non-environmental externalities such as econoi~nic impacts (generally
focused on employment), energy security, and others. V V
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Many of these externalities have been reduced over time, as regulations limiting emission
levels have forced suppliers and buyers to consider at least a portion of those costs in
their production and use decisions, thereby “internalizing” a portion of those costs. For
example, the Clean Air Interstate Rule, passed by Congress in March 2005, adjusts the
SO2 emissions cap downward with an ultimate effect of reducing SO2 emissions about
73% from 2003 levels. The Clean Air Act and the Clean Air Interstate Rule require
further reductions in emission levels over the study period. As a result, while there
remain some “external costs” associated with the residual NO~ and SO2 pollution, these
externalities are now relatively small, In contrast, regulators are just starting to
“internalize” the impacts of carbon dioxide.

It is expected that the “carbon externality” will be the dominant externality associated
with marginal electricity generation in New England. This is the case for two main
reasons. First, as~ noted above, regulations to address the greenhouse gas emissions
responsible for global climate change are lagging, particularly in the United States. The
damages from criteria air pollutants are relatively bounded, and to a great extent
“internalized,” as a result of existing regulations. In contrast, global climate change is a
problem on an unprecedented scale with far-reaching and potentially catastrophic
implications. Second, New England avoided electric energy costs over the study period
are likely to be dominated by natural gas-fired generation, which has minimal SO2,
mercury, and particulate emissions and relatively low NO~ emissions. Hence, spending
extensive time reviewing the latest literature on externality values for these emissions
would not be a good use of time and budget. Based on knowledge of the electric system,
and review of model runs, it is believed that the dominant environmental externality in
New England over the study period will be the un-internalized cost of carbon dioxide
emissions. RGGI and any federal CO2 regulations will only internalize a portion of thc
“greenhouse gas externality,” particularly in the near term.

The California PUC has directed electric companies to include a value for carbon dioxide
in their avoided cost determination and long-term resource procurement. The CA PUC
found:

“In terms of specific pollutants, of significant concern to regulators and the public
today is the environmental damage caused by carbon dioxide (C02) emissions—
an inescapable byproduct of fossil fuel burning and by far the major contributor to
greenhouse gases. Unlike other significant pollutants from power production, CO2
•is currently an unpriced externality in the energy market.... CO2 is not
consistently regulated at either the Federal or State levels and is not embedded in
energy prices... 115

For the above reasons, values were developed for the one major emission associated with
avoided electricity costs for which the near-term internalized cost most significantly
understates the value supported by current science.

~ R,04-04-003, Appendix 13, p. 5.
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iii. General Approaches to Monetizing Environmental Externalities

There are vai aous methods available for monetizing environmental externalities such as
air pollution from power plants. Th~se include various “damage costing” approaches that
seek.to value the .darnagcs associated with a,partic~ilar externality, and various “control
cost” approaches that seek to quantify the marginal cost of controlling a particular
pollutant (thus internalizing a portion or all of the externality)

The “damage costing” methods genei ally rely on travel costs, hedonic pricing, and
contingent valuation in the absence of market prices These aie forms of “implied”
~valuation, asking complex and hy~othetic,al survey questions, or extrapolating from
observed behavior Foi example, data on how much people will spend on travel,
subsistence, and equipment, can be used to measure the value of those fish, or more
accurately the value of not killing fish via air pollution Human lives are sometimes
valued based upon wage differentials for jobs that expose workers to different risks of
moitahty In other words, comparing two jobs, one with higher hourly pay rate and
higher risk than the other can serve as a measure of the compensation that someone is
“willing to accept” in order to be exposed to the risk

There are myriad problems with these approaches, two of which will be discussed here
First the damage costing aøproaches are, in the case of global climate change, simply
subject.to too many .probJematioass~imptions. Wedo:not subscribe to the view that a
reasonable economic estim~teof the ‘~‘damages” around the world~an be developed and
used as a figure for the.externalities associated with carbon; dioxide emissions. In other
words, estimating damageisa moving target— it depends upon whatconcentrations we•
ultimately reach (or what concentrations we reach and reduce from) This is exacerbated
by the fact that we do not fully understand climate change, and cannot project with
certainty the levels at which certain impacts will occur A further complicating factor is
that different emissions concentiations create different damages for different tegions and
diffeient groups of people Thus, such exercises, while interesting, are flaught with
difficulties including (a) identifying the categories of changes to ecosystems and
societies around the planet; (b) estimating magnitudes of impacts; (C) valuing those
impacts in economic terms; (d) aggregating those values across countries with different
currency exchange .rates and different cultures; (e) addressing the non-linear and
catastrophic aspects of the climate change damage; and (f) dealing with the paradoxes
and conundrums involved in applying financial, discount rates to effects stretching over
centuries. Second, the fact that the “regulators’ revealed preferences” approach is
unavailable, as regulators have not es’tabli’shedrelevant reference points, complicates the
task of determining a carbon externality cost.

The “control cost” methods generally look at the marginal cost of control. That is, the
cost of control valuations look at the last (or most expensive) unit of emissions reduction
required to comply with regulations. The cost of control approach can be based upon a
“regulators’ revealed preference” concept. That is, if “air regulators” are requiring a
particular technology with a cost per ton of $X to be installed at power plants, then this
can be taken as .an indication.thatthe value of those reductions is perceived to be at or
above the cost of the controls. The cost of control ‘approach can also be based upon a’
“sustainability target” concept. With the sustaiñability target, we start with a level of
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damage or risk that is considered to be acceptable, and then estimate the marginal cost of
achieving that target,

The “sustainability target” approach relies on the assumption that the nations of the world
will not tolerate unlimited damages. It also relies partly on an expectation that policy
leaders will realize that it is cheaper to reduce emissions now and achieve a sustainability
target than it is not to address climate change. It is worth noting that a cost estimate based
on a sustainability target will be a bit lower than a damage cost estimate because the
“sustainability target” is going to be a calculus of what climate change the planet is
already committed to, and what additional change we are willing to live with (again
complicated by the fact that different regions will see different impacts, and have
different ideas about what is dangerous and what is sustainable). While we do not use a
damage cost estimate, it is informative to consider damages to get a sense of the scale of
the problem. In October 2006 a major report to Prime Minister Tony Blair stated that “the
benefits of strong and early action far outweigh the economic costs of not acting,” Based
on its review of results from formal economic models, the Stern Review on the
Economics of Climate Change estimated that in the absence of efforts to curb climate
change, the overall costs and risks of climate change will be equivalent to losing at least
5% of global GDP each year, now and forever, and could be as much as 20% of GDP or
more. In contrast, the Stern Review states that the costs of action — the cost of

..implementing actions to curb climate change — can be limited around 1% of global GDP
~each year.116

iv. Estimation of CO2 Environmental Costs

Based upon our review of the merits of those various approaches, we selected an
.approach that estimates the cost of controlling, or stabilizing, global carbon emissions at
a “sustainable level” or sustainability target. To develop that estimate, the most recent
science regarding the level of emissions that would be sustainable was reviewed, as well
as the literature on costs of controlling emissions at that level.

The conceptual and practical challenges for estimating a carbon externality price include
the following:

• The damages are very widely distributed in time (over many decades or even
centuries) and space (across the globe);

• The “physical damages” include some impacts that are very difficult to quantify
and value, such as flooding large land areas; changes to local climates; species
range migration; increased risk of flood and drought; changes in the amount,
intensity, frequency, and type ofprecipitation; changes in the type, frequency, and
intensity of extreme weather events (such as hurricanes, heat waves, and heavy
precipitation);

116 Stern, Sir Nicholas; Stern Review of the Economics ofClimate Change; Cambridge University Press,

2007.
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• This list of “physiöal damages” includes some that are extremely difficult,
perhaps impossible, to reasonably express in monetary terms;

• The scientific understanding of the climate change process and climate Qhange
impacts is evolving rapidly; .

• There may well be reasons (not considered here) that the environmental cost value
could have a shape that starts lowei and increases fastei, or vice versa, having to
do with periods in which rates of change are most problematic,

• The scale of the impact on the world economies associated with the impacts of
climate change and/or associated with thetransformations of economies to reduce
greenhouse gas emi~siôns are so large that using terms and concepts such as
“marghiai” can be problematic; and’

• The impacts of climate change are non-linear and non-continuous, including
“feedback cycles” that can most reasonably be thought of in terms of thresholds
beyond which there are “run away damages” such as irreversible melting of the
Gieenland ice sheet and the West Antarctic ice sheet, and collapse of the Atlantic
thermohahne circulation — a global ocean cuirent system that circulates warm
surface waters

Given the daunting challenge of valuing climate damages in economic terms, AESC 2007
takes ,a praotical approach consistent with the concepts of “sustainability” anl “avoidance
of undue risk,” Specifically, the carbon externality can be valued by looking at the
marginal costs associated with control’flng total carbon emissions at, or below, the’ levels
that avoid, the maj or climate change risks according to ourrent expectations.

Nonetheless, because the environmental costs of energy production and use ‘are ‘so
significant, and because the climate change impacts associated with power plant carbon
dioxide emissions are urgently important, it is worthwhile to attempt to estimate the
externality price and to put it in dollar terms that can be incorporated into electric system
planning

(a) What is the Correct Level of CO2 Emissions?

In order to determine what is currently deemed a reasonable sustainability target~, current
scienôe and polièy was reviewed, In 1992, over 160 nations (including the United States)
agreed to “to achieve stabilization of atmospheric concentrations of greenhouse gases at
levels that would prevent dangerous anthropOgenic (human-induced) interference with
the climate s?istem “ (United Nations Framework Convention on Climate Change or
UNFCCC).’ ~ Achieving this commitment requires determining the maximum
temperature increase above which impacts are anticipated to be dangerous, the
atmospheric emissions concentration that is likely to lead to that temperature increase,
and the emissions pathway that is likely to limit atmospheric concentrations and
temperature increase to ‘the desired levels.

117 There are currently over 180 signatories. , ‘
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The definition of what level of temperature change constitutes a dangerous climate
change will ultimately be established by politicians, as it requires value judgments about
what impacts are tolerable regionally and globally.118 We expect that such a definition
and decision will be based upon what climate science tells us about expected impacts and
mitigation opportunities.

While uncertainty and research continue, a growing number of studies identify a global
average temperature increase of 2°C above pre-industrial levels as the temperature above
which dangerous climate impacts are likely to occur.119 Temperature increases greater
than 2°C above pre-industrial levels are associated with multiple impacts including sea
level rise of many meters, drought, increasing hurricane intensity, stress on and possible
destruction of unique ecosystems (such as coral reefs, the Arctic, alpine regions), and
increasing risk of extreme events.120 The European Union has adopted a long-term polic~’
goal of limiting global average temperature increase to 2°C above pre-industrial levels.’2

Because of multiple uncertainties, it is difficult to define with certainty what future
emissions pathway is likely to avoid exceeding that temperature increase. We reviewed
several sources to determine reasonable assumptions about what level of concentrations
are deemed likely to achieve the sustainability target, and what emission reductions are
necessary to reach those emissions levels. The Intergovernmental Panel on Climate
Change’s most recent Assessment Report indicates that concentrations of 445-490 ppm
CO2 equivalent correspond to 2° — 2.4°C increases above pre-industrial levels.’22 A
comprehensive assessment of the economics of climate change, The Stern Review,
proposes a long-term goal to stabilize greenhouse gases at between the equivalent of 450
and 550 ppm CO2.’23 Recent research indicates that achieving the 2°C goal likely requires
stabilizing atmospheric concentrations of carbon dioxide and other heat-trapping gases
near 400 ppm carbon dioxide equivalent. 124

118 For multiple discussions of the issues surrounding dangerous climate change, ~ Schnellnhuber,

Cramer, Nakicenovic, Wigley and Yohe, editors; Avoiding Dangerous Climate Change; Cambridge
University Press, 2006. This book contains the research presented at The International Symposium on
Stabilisation of Greenhouse Gas Concentrations, Avoiding Dangerous Climate Change, which took
place in the U.K. in 2005.

119 Mastrandrea, M. and Schneider, S.; Probabilistic Assessment of “Dangerous” Climate Change and

Emissions Scenarios. Stakeholder Metrics and Overshoot Pathways; Chapter 27 in Avoiding
Dangerous Climate Change; Cambridge University Press, 2006.

120 Schnellnhuber, 2006.

121 The European Union first adopted this goal in 1996 in “Communication of the Community Strategy on

Climate Change.” Council conclusions. European Council. Brussels, Council of the EU, The EU has
since reiterated its long-term commitment in 2004 and 2005 (~, ~,.g,. Council of the European Union,
Presidency conclusions, March 22-23.)

122IpCC AR4, WGffl Summaly for Policy Makers, 2007. Table SPM5.
123 Stern, Sir Nicholas; Stern Review of the Economics ofClimate Change; Cambridge University Press,

2007.
124 Meinshausen, M.; What Does a 2°C Target Meanfor Greenhouse Gases? A BriefAnalysis Based on

Multi-Gas Emission Pathways and Several Climate Sensitivity Uncertainty Estimate3’; Chapter 28 in
Avoiding Dangerous Climate Change; Cambridge University Press, 2006.
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The Intergovernmental Panel on Climate Change (IPCC) indicates that reaching
concentrations of 450-49Oppm C02-eq requires reduction in global CQ2 emissions in
2050 of85~50% below 2000 ‘emissions levels. 125 The Stern Review indicates that global
emissions would have to be 70% below current levels by 2050 for stabilization at
45Oppm C02-eq.’26 To accomplish such stabilization, the United States and other
industrialized countries would have to reduce greenhouse gas emissions on the order of
80— 90% below 1990 levels, and developing countries would have to achieve reductions
from their baselin~’trajectdry as scion as possible.’27 In’the United States, several states
have adopted state greenhouse gas reduction targets of 50% or more reduction from a
baseline of 1990 levels or then-current levels by. 2050 (California, Connecticut, Illinois,
Maine, New I-Iampshire, New Jersey, Oregon~ and Vermont~. In 2001, the New England
states joined with the Eastern Canadian Premiers in also adopting a 1on~-term policy goal
of reductions on the order of 75-$0% of then-curreht emission levels.’2

The sobering news is that a long term stabilization goal of even 400 ppm might not be
sufficient: “while very rapid reductions can greatly reduce the level of risk, it
nevertheless remains the case that, even with the strictest measures we model, the risk of
exceeding the 2°C threshold is in the order of 1Q to 25 per cent.”129 Similarly, the 2°C
threshold may not be sufficient to avoid severe impacts.’3°

(b) What is the Cost of Stabilizing CO2 Emissions at this Sustainable Level?

There have been several efforts to estimate the costs of achieving a variety of
atmospheric Concentration targets. The most comprehensive effort is the work of the
Intergovernmental Panel on Climate Change’. The IPCC was established by the World
Meteorological Organization and IJN’EP in 1988 to provide scientific; technical and
methodological support and analysis on climate change. IPCC has issued three
assessment reports on the science of climate change, climate change impacts, and on
mitigation and adaptation strategies (1990, 1995, 2001), and is currently issuing its fourth
assessment, report. In its fourth Assessment Report, the IPCC indicates that reductions on
the order of 34 ‘gigatonne~ (Gt)would be fiecessary to achieve an 80% reduction below
current, ‘s.’ .That report estimates that up to 31 Gt in reductions arci available for $1 00/te of

125 IPCC AR4, WGXII Summary for Policy Makers, 2007. Table SPM5,
126 Stern Review, Long ‘Executive Summary, 2007. Page xi.

~ den Elzen, M,, Meinshausen, M; Multi-Gas Emission Pathwaysfor Meeting the EU 2°C Climate’

Target; Chapter 31 in Avoiding Dangerous Climate Change; Cambridge University Press, 2006. Page
306, V V ‘ ,

128 New England Governors/Eastern Canadian Prçmiers,,Climate Change Action Plan 2001, August 2001.

NBG/ECP reiterated this commitment in June 2007 through Resolution 31-1, which states, in part, that
the long term reduction goals should be met by 2050. V ,

129 Bauer and Mastrandrea; High Stakes: Designing emissions pathways to reduce the risk ofdangerous

climate change; Institute for Public Policy Research, U.K.; November 2006. ‘ V

130 See recent research by James Hansen, Goddard Space Flight Institute — NASA’s top climate scientist.

131 2000 emissions levels were 43Gt C02-eq. .IPCC AR4, WGIIJ, S~immary for Policy Makers, 2007, Page

11.
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CO2 or less (Working Group III Summary for Policy Makers). Other studies on the costs
of achieving stabilization targets include the following:

• A Vattenfalls study of abatement potential estimates that about 30 Gt
reduction would be necessary for stabilization at 450 ppm, and about 27Gt are
available for around $50/tCO2 — so cost would go above $50/t;’32

• MeKinsey & Company have developed an abatement cost curve that indicates
that stabilization at 450 ppm would have a marginal abatement cost of about
$50/t, stabilization at 400 ppm would have a marginal abatement cost of over
$60/tCO2; and

• The Stern Review itself talks primarily about macro-economic costs; however
an underlying meta-analysis of modeling literature concludes that “even
stringent stabilization targets can be met without materially affecting world
GDP growth, at low carbon tax rates or permit prices, at least by 2030 (in
$US(2000), less than $15/tCO2 for S50ppmv and $50/tCO2 for 45Oppmv for
CO2).”133

The IPCC Working Group III Summary for Policy Makers states on page 29 (references
omitted): “An effective carbon-price signal could realize significant mitigation potential
in all sectors.

•.. Modeling studies show carbon prices rising to 20 to 80 US$/tCO2-eq by 2030
and 30 to 155 US$/tCO2-eq by 2050 are consistent with stabilization at around
550 ppm C02-eq by 2100. For the same stabilization level, studies since the
Third Assessment Report that take into account induced technological change
lower these price ranges to 5 to 65 US$/tCO2eq in 2030 and 15 to 130
US$/tCO2-eq in 2050.

• Most top-down, as well as some 2050 bottom-up assessments, suggest that
real or implicit carbon prices of 20 to 50 US$/tCO2-eq, sustained or increased
over decades, could lead to a power generation sector with low-greenhouse
gas emissions by 2050 and make many mitigation options in the end-use
sectors economically attractive.”

Based on a review of these different sources, we believe that it is reasonable to anticipate
a marginal cost of control of $60/tCO2-eq for achieving a stabilization target that is likely
to avoid temperature increases higher than 2°C above pre-industrial levels. Of course,
selection of this value requires multiple assumptions.

~ Vattenfalls Global Climate Impact Abatement Map, accessed May 30, 2007.
~ Barker, Terry et. al,; A report preparedfor the HM Treasury Stern Review on “The economics of

climate change” The Costs ofGreenhouse Gas Mitigation with Induced Technological Change: A
Me/a-Analysis ofEstimates in the Literature; 4 CMR, University of Cambridge. July 2006.
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v. . Estimating CO2 Environmental Costs for New England

Our estimates of the “external” or additional cost associated with emissions of carbon
dioxide in New. England are based upon the sustainability target and the forecast of
carbon emissionregulation in New England over the study period. Theexternality value
for carbon dioxide in each year was calculated as the estimated annual sustainability
target value of $60/ton minus the annual allowance values internalized in the piojected
electric eneigy market prices

The annual allowance values internalized in theprojected electric energy market prices
are described in Chapter 5. These values are based upon a Synapse forecast of the carbon
trading price associated with anticipated carbon regulations. That carbon price was
included in the dispatch model runs (in the~generators’ bids) and hence is en~bedded
within the AESC 2007 avoided electricity costs. The additional value in each year is the
difference bet’~’een the estimate of marginal cost to achieve asustainabilit~ target
($60/ton C02) and the value of the carbon tiading price embedded in the projection of
wholesale electric energy prices. . . .. .

Exhibit 7-13 illustrates how the additional CO2 cost was determined The line for the
allowance price is based on the foiecast of carbon allowance costs, illustrating the notion
that the United States will gradually move to incorrorate the climate externality into
policy. The “externality” i~. simply the difference between the estimate of the cost of
achieving a sustainability taiget and the anticipated allowance cost, that is, the area above
the blue line (and below $60/ton) in the graph. .

Exhibit 7-13 Determmation of the Additional Cost of CO2 Emissions

$/ton

F
Susta,nabllfty . . . .. .

Target The Difference is
. . the External Price

Market
.(internallzèd).Price :

~

~V

Years

The carbon dioxide externality price forecast is presented above as a single simple price.
This is for ease of application and because doing something mOre complex such as
varying the shape ovei time or developing a distiibutaon to represent uncertainty would
go beyond the scope of this project and would stretch the available information upon
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which the externality price is based. We fully acknowledge the many complexities
involved in estimating a carbon price, both conceptual and practical. Some of these are
listed in the Estimation of CO2 Environmental Costs section (iv) above

With regard to environmental costs, AESC 2007 focuses on the externality value of
carbon dioxide for the purpose of screening DSM programs for two main reasons. First,
the environmental costs of carbon dioxide emissions are substantially greater than the
costs of the other environmental impacts of electricity generation. Second, carbon dioxide
is expected to be the dominant environmental impact of the marginal sources of
generation in New England over the study period. Thus, the cost associated with carbon
dioxide emissions dominates other values to an extent that justifies focusing exclusively
on carbon dioxide.

The additional value for carbon dioxide in each year is an estimated annual sustainability
target value of $60/ton minus the annual projected allowance values internalized in our
model. Synapse reviewed science and policy to assess current emerging consensus on
what is an appropriate sustainability target, The sustainability target value is an estimate
of the cost of stabilizing carbon dioxide emissions at levels that seem likely, based on
current science, to avoid more than a 2°C increase in the global average temperature, The
annual allowance values are drawn from our forecast of carbon allowance prices
associated with anticipated carbon regulations over the study period. The following

‘exhibit presents the recommended values.

Exhibit 7-14.. Recommended Externality Values

. Allowance AdditionalSustain~bility Price Environmental Cost
Year Target

($Iton) (internalized (Sustainability Target -value $/ton) Allowance Price $/ton)
2007 60 0.00 60.00
2008 60 0.00 60.00
2009 60 2.21 57,79
2010 60 2.37 57.63
2011 60 2.53 57.47
2012 9.46 50.54
2013 11.56 48.44
2014 6 13.66 46.34
2015 6 15.76 44.24
2016 6 17.86 42.14
2017 60 19.96 40.04
2018 60 22.06 37.94
2019 60 24.16 35.84
2020 60 26.27 33.73
2021 60 27.32 32.68
2022 60 28.37 31.63

The values in the right hand column of the table are, in one sense, externalities. They may
be borne by citizens in the form of damages from climate change. There is also a
significant chance that the “additional” C02 costs will be borne to some degree by
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electricity consumers in the form of compliance costs in electricity rates if emission
regulations require greater reductions more rapidly than we have assumed.

vi. Applying CO2 Costs ihrEvalUations of DSM Programs

The externality: values from Exhibit 7-14 are provided in the avoided electricity cost
workbooks presented in Appendix E. They are expressed as $/kWh based upon our
analysis of the. CO2 emissions of the marginal generating units in eachyear of the study
period. .: . ... .. . . ..

At a minimum program administrators should calculate the costs and benefits of DSM
programs Without, and then with,: these values in order to assess their incremental impact
on the eost-óffectiveness of programs. However, we recommend the program
administrators include these values in their analyses of DSM, unless specifically
prohibited from doing so by state or local law or regulation. The next section explains
why a DSM program could result in CO2 emission reductions even under a capand trade
regulators’ framework. . . .. ~

vii. Impact of DSM on Carbon Enhissions Under a.Cap and Trade
Regulatory Framework

The Regional Greenhouse Gas Initiative is a cap and trade greenhouse gas program for
power plants in the northeastern United States Discussions to develop the program began
in 2003, states signed a memorandum of ühd~rstaiidingidentifyingth~ main elements of~
the program in December 2005, and in August 2006 they adopted a model rule for
implementing the program Curiently nine states have decided to pai ticipate
Connecticut, Delaware, Maine, Massachusetts, NeW Hampshire, New Jersey, New York,
Rhode Island, and Vermont. Maryland passed a law in April 2006 requiring participation
in RGGI, Pennsylvania, the District of Columbia, the Eastern Canadian Provinces, and
New Brunswick are official “observers” in the RGGI process Individual states are now
engaged in regulatory proceedings to adopt regulatiohs consistent with the agreement.

As currently designed, the program will: ..,

• Stabilize CO2 emissions from power plants at curient levels for the period
2009-2015, followed by a 10% reduction below current,l~Vel~ by 2019.;

• Allocate a minimum of 25% of allowances for consumer benefit and strategic
energy purposes, Allowances allocated for consumer benefit will be auctioned
and the proceeds ,of the auction used for consumer benefit and strategic energy
purposes; and~

• Include certain offset provisions that increase flexibility to moderate price
impacts and development of complimentary energy policies to improve
energy efficiency, decrease the use of higher polluting electricity generation
aI!d maintain economic growth.
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With carbon dioxide emissions regulated under a cap and trade system, as is assumed in
this market price analysis, it is conceivable that a load reduction from a DSM program
will not lead to a reduction in the amount of total system carbon dioxide emissions. The
annual total system emissions for the affected facilities in the relevant region are, after
all, capped. In the analysis that was documented in this report, the relevant cap and trade
regulation is the Regional Greenhouse Gas Initiative (RGGI) for the period 2009 to 2012
and the assumed national cap and trade system thereafter. However, there are a number of
reasons why a DSM program could result in CO2 emission rçductions, specifically:

• Reduction in load that reduces the cost (marginal or total cost) of achieving an
emissions cap can result in a tightening of the cap. This is a complex interaction
between the energy system and political and economic systems, and is difficult
or impossible to model, but the dynamic may reasonably be assumed to exist;

• Specific provisions in RGGI provide for a tightening or loosening of the cap (via
adjustments to the offset provisions that are triggered at different price levels). It
is unknown at this point whether and to what extent such “automatic”
adjustments might be built into the US carbon regulatory system;

• It is also possible that DSM efforts will be accompanied by specific retirements
or allocations of allowances that would cause them to have an impact on the
overall system level of emissions (effectively tightening the cap); and

• to the extent that the cap and trade system “leaks” because of its geographic
boundaries, one would expect the benefits of a carbon emissions reduction
resulting from a DSM program to similarly “leak.” That is, a load reduction in
New York could cause reductions in generation (and emissions) at power plants
in New York, Pennsylvania, and elsewhere. Because New York is in the RGGI
cap and trade system, the emissions reductions realized at New York generating
units may pop up as a result of increased sales of allowances from NY to other
RGGI states, But because Pennsylvania is not in the RGGI system, the emissions
reductions at Pennsylvania generating units would be true reductions attributable
to the DSM program.
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Ap:pendixA — Common Modeling Assumptions

Inflation Rate

Inflation increased since the AESC 2005 study, which used a rate of 2 25% Inflation was
3.03% ifr 2005 and 2.90% in2006 as shown in the exhibit beloW. Inaddition, the twenty~
year average (1987-2006) derived from the chained GDP deflator was 2.47%. As a.result,
the long-term inflation rate used in this study was 2,50%.
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Exhibit A-i. GDP Price Index and Inflation Rate

GDP Chain-
Typo Price Annual Conversion

Year Index Inflation to 2007
1985 69,72 3.04% 1.705
1986 71,27 2.22% 1.669
1987 73.20 2.72% 1,624
1988 75.71 3.42% 1.571
1989 78,57 3.78% 1.513
1990 81.61 3.88% 1.457
1991 84,46 3.48% 1.408
1992 86.40 2.30% 1.376
1993 88.39 2.30% 1,345
1994 90.27 2.12% 1.317
1995 92.12 2.05% 1.291
1996 93,86 1,89% 1.267
1997 95.42 1.66% 1.246
1998 96,48 1.11% 1,233
1999 97.87 1.44% 1.215
2000 100.00 2.18% 1.189
2001 102,40 2.40% 1.161
2002 104.19 1.75% 1.141
2003 106.41 2,13% 1.118
2004 109.43 2.84% 1,087
2005 112.74 3,03% 1,055
2006 116,01 2.90% 1,025

~o07~j~fT~ ~~~ ~~3~OOO
2008 121.89 2.50% 0.976
2009 124,93 2.50% 0.952
2010 128.06 2.50% 0.929
2011 131,26 2.50% 0.906
2012 134.54 2.50% 0,884
2013 137.90 2.50% 0.862
2014 141.35 2.50% 0.841
2015 144.89 2.50% 0.821
2016 148.51 2.50% 0,801
2017 152.22 2.50% 0.781
2018 156.03 2.50% 0.762
2019 159.93 2.50% 0.744
2020 163.92 2.50% 0.725
2021 168.02 2.50% 0.708
2022 172,22 2,50% 0.690

Note: Uses the BEA chain-type price indexfor GDP
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Rea’ Discount Rate

As in the AESC 2005 report, the real discount ratewas based on recent rates of return for
30-year Treasury Bonds, The present nominal interest rate for those bonds is 4.77% as
shown in the exhibit below The nominal interest tate was calculated as the average yield
for six 30-yeai US Treasury Bills The nominal interest rate for those bonds was 4 32% in
2005, using the same methodology Applying the updated discount tate results in a real
interest rate of 2 22% for discounting (as oompaied to 2 03% in 2005)

Exhibit A-2 Risk-Free Interest Rate and Real Discount Rate Determination

Nominal Interest Rate
Real Interest Rate

Notes:
1) NomInal rate is the average yield for six 30-year US Treasury Bills
2) Source: http://onhine~wsj.com/mdc/public/page/2_3020-treaSury.html?mOdtoPflaV...2_3OOO
-3) Assumes a 2.50% inflation rate -.
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30 Year US Treasury Bond 6.00 --

Maturity Date 2/15/2026 -.

. Transaction Date Price Yield
3/21/2007 115-07+ 4.78
3/20/2007 .114-07+ 4.79

~ 3/19/2007 114-11 -- 4.81 -

3/16/2007 - 115-01 4.79 - -

~ 3/15/2007 - - 115-02 - 4.78 -
~ - 3/14/2007 115-14 4.78-

AVERAGE - - - - 4188

30 Year US.Treasur,’ Bond 5.25 - - - - --

Maturity Date 11/15/2028 - -. -

Transaôtlon Date Price - Yield -

3/21/2007 - 106-05+ 4.77
• -3/20/2007 - -1Q6-07+ - 4,78

3/19/2007 - - .106-10 - 48 -

3/16/2007 - 1-06-01 4.77 -

3/15/2007 - 106-01 -. 4.77
3/14/2007 - - - 106-14- 4.77 -

AVERAGE - - - - - 4.777

30 Year US Treasu,y Bond 6,25 - - -

Maturity Date 5/1 5/20 30 - -

Transaction Date Price -Yield
~ 3/21/2007 120-07* 4.75

3/20/2007 - - 120-07+ - 4.76
• 3/19/2007 -, 120-12 -4.78

- 3/16/2007 - 120-01 - 4.75 -

3/15/2007 - - 120-00 4.75
3/14/2007 - 120-18 - 4.75

AVERAGE - - -~ - -4.757

30 Year US Treasury Bond 5.50 -

Maturity Date 8/15/2028 -

Transaction Date- Price - Yield
~ - - - 3/21/2007 - - 109-07+ 4.77

3/20/2007 109-06±. 4.79
3/19/2007 109-10 4,8

- - 3/16/2007 - 109-01 4.78
~ 3/15/2007 - 109-00 4.77

- - - 3/1-4/2007 - 109-16 4.77

- AVERAGE - - - . - - - 4.780

30 Year US Treasurj Bond 5:25
Maturity Date 2/15/2029 - -

Tralisaction Date Price Yield
. - - 3/21/2007 - ... -106-06+ - 4,76 —

- 3/20/2007 - 106-06+ - 4.78 -

- 3/19)2007 - 106-1.0 4.79
‘ - /16/2007 .- - - 106-01 4.77 - -

-3/15/2007 - 106-01 4,77
- - 3/1-4/2007 - - : - 106-15 4.77

~ -AVERAGE 4,773

, 30 Year US Treasury Bond 5.375 - -

Maturity Date 2/15/2031 - -

Transaction-Date - Price Yield
-3/21/2007 . - - 108-07+ 4,75 -

-3/20/2007 - 108-06+ 4.76
- 3/19/2007 - - - .108-11 4,78

- 3/16/2007 - 108-01 4.75
3/1.5/2007 1 08-00 4.75

- 3/14/2007 108-17 4.75
AVERAGE . 4.757 -

4.77
2.22
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Escalation Rate

Section 5 .a.i of the RFP asks the Contractor to develop a single real escalation rate for
the post forecast period (2023 through 2037). Since the primary set of avoided costs
numbers proved in the AESC report are for wholesale electricity, our analysis focused on
that component.

The wholesale market price of electricity in New England in 2022 and beyond will be
almost entirely determined by the marginal cost of natural gas combustion cycle
generators (NO CC). The primary drivers of that cost are the prices of natural gas and of
CO2 emissions. The issue then is the escalation of those components and their relative
weights in the electricity market price.

We looked first at the escalation for CO2 prices. For this we used the Synapse mid case
forecast which was used for the previous years of the AESC analysis. The real escalation
rate for CO2 prices post 2022 is 3.24% in that forecast. Regarding natural gas prices there
is great uncertainty associated with reserves, production costs, and world markets and
there are substantial upside risks; however, we took the fairly conservative approach of
looking at the Annual Energy Outlook for 2007. In that study the real escalation rate for
natural gas for electricity generation in New England is 1.01% for the period 2022
through 2030 which is the final forecast year, In the absence of any countervailing
information we then assume that the same rate extends through 2037, although with
continued depletion of natural gas reserves it could be higher.

We then looked first at the relative weight of these factors for NG CC prices in 2022.
That analysis showed that fuel represented 73% and CO2 22% of the marginal generation
costs. Applying those factors gives a real escalation rate of 1.45% for electricity prices
post 2022;

Exhibit A-3. Marginal Cost Components for a NG CC in 2022 and Calculation of a
Real Price Escalation Rate

Component Proportion Escalation Rate

Fuel 73% 1.01%

CO2 - 22% 3.24%

Other 5% 0%

Total 100% 1.45%

In comparing this with the AESC 2005 results we calculated the implied escalation rate in
that study for the avoided electricity costs for the period 2023 through 2037.’~~ The

~ Avoided energy costs fi’om “Exhibit 1 —2005$” from “aescpoweravoidedcostexhibitsfinal2005,xls”,

Also in Exhibit 5-2 associated with Transmission and Distribution investment there is a Forecast
Escalation Rate (nominal) of 3.07%. Since an inflation rate of 2.5% was used for that study, this implies
a real escalation rate of 0.57% which is consistent with but a little less than the rate derived from the
avoided electricity costs,
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annual average real escalation rate from this calculation was 0,68%. This is significantly
less than the current proposed escalation rate but does not incorporate CO2 costs and
reflects a more optimistic view of future energy prices

Although there are many uncertainties associated with energy prices this far in the future,
our recommendation is a real escalation rate of 1.4% for wholesale electricity prices for
2023 through 2037.
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Appendix B — Forecasts of Month’y Natural Gas Prices
(Exhibits B 1 — B7 are in 2007$; Exhibits B8 — B 14 are in Nominal$.)

Exhibit B-I. Monthly Henry Hub Natural Gas Price Forecast 2007-2022 (2007$IMMBtu)

Monthly

~j Factor 1.1159874 1~i 173952 1.0909087 0.9272733 09144141 0.924639 09358622 09450845 09538974 0.9687726 1.0250697 1.080189319
HH~re

Year AvgPiice 1 2 3 4 5 6 7 8 9 10 11 12
2007 751 5.84 6.93 7.55 696 7.11 737 792 8.02 8.06 8.15 8.31 9.46
2008 8.65 9.78 9.74 9.49 8.15 8.00 8.06 8.12 8.17 8.20 827 8.71 9.15
2009 8.16 938 9.35 9.09 7.63 7.49 754 7.61 ‘1.66 7.69 7.76 8.17 857
2010 7.65 3.16 834 8.43 7.15 7.02 7.07 7.13 7.17 7.20 7.28 7.67 8.06
2011 7.20 8.24 8.21 7.98 6.73 6.60 6.66 6.72 6.75 6.78 6.86 7.24 7.62
2012 6.86 7.80 7.78 7.56 6.43 6,31 637 6.42 6.45 6.48 6.56 6.91 7.26
2013 6.24 6.97 6.93 6.81 5.79 5.71 5.77 5.84 5.90 595 6.05 6.40 6.74
2014 630 7.03 7.04 6.87 5.84 5.76 5.82 5.90 595 6.01 6,10 6.46 6.80
2015 6.25 6.98 6.99 6.82 5.80 5.72 5.78 5.35 5.91 597 6.06 6.41 6.76
2016 639 7.13 7.14 6.97 5.92 5.84 591 598 6.04 6.09 6.19 6.55 6.90
2017 6.64 7.41 7.42 7.24 6.15 6.07 6.14 6,21 6.27 633 6.43 6.30 7.17
2018 6.56 732 733 7.16 6.08 6.110 607 6.14 6.20 626 636 6.72 7.09
2019 6.52 7.27 7.28 7.11 6,04 5.96 6.03 6.10 6.16 6.22 6.31 6.68 7.04
2020 6.63 7.40 7.42 7.24 6.15 6.07 6.13 6.21 6.27 6.33 6.43 6.80 7.17
2021 6.73 752 753 735 625 6.16 623 630 637 6.42 6.52 690 7.28
2022 698 7.79 7.81 7.62 6.42 639 6.46 654 6.60 6,66 6.77 7.16 7.54

Notes:
1107-5107 are actual prices
6107-12112 are forecasted prices frem NYMEX as ofMay 2,2007
2007-2012 RH AuuiualAverage Prices are straight e~urages acioss the n~nths ofeachyear
20 13-2022 HH Annual Average Prices are forecasted
Prices for 1113-12~2 are Ca u1atedbvmultip1vjn~the HR Annual Averare Price by the Monthly Adjustment Factor
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Exhibit B-2. Monthly Regional Natural Gas Price Forecast 2007-2022 (2007$/MMEtu) — ALG

• Mont~y .

PremFector 1.3659642, 13343223 1.1402124 1.0927116 1.0931588 1.0932223 1.0927813 1.0849414 1.073207 1.0915255 1.1243434 1.204758479

Year Price 1 2 3 4’ 5 6 7 8 9 10 11 12
2007 8.82 7.69 9.73 ‘230 7.61 7.77 8.49 2.70 3.70 8.65 8.90 9.90 11.40
2008 10.01 1335 13.00 10.22 8.90 8.75 ‘821 ~92 3.87. 8.80 903 . 9.80 11.02
2009 9.44 12.81 12.47 1037 834 8.19 225 836 231 2.25 8.47 9.19 1033
2010 ~25 11.97 11.66 9.68 7.82 7.67 7.73 1.84 7.78 7.73 7.95 . ~.63 ‘9.71
2011 8.33 1125 10.96 9.10 7.36 7.22 728 338 .733 728 7.49 .. 8.14 9.18
2012 7.94 10.65 1038 .. 2.62 7.03 6.90 6.96 7.05 ‘‘ 7.00 , 6.96 7.16 7.77 8.75
2013 7.22 952 931 777 632 624 631 642 640 639 660 7 19 8 12
2014 7.28 9.60 9.40 724 6.38 6.30 .637 ‘. 6.48 6.46 . 6.45 6.66 7.26 8.20
2015 7.23 953 9.33 7.78 634 6.25 6.32 6.43 6.41 6.40 6.61 3.21 8.14
2016 739 9.74 953 .795 6.47 639 . 6.46 .657 6.55 654 6.76 7.36 .832
2017 7.67 10.12 990 . 8.26 6.72 6.63 6.71 6.82 6.80 6.79 7.02 7.65 . 8.64
2018 7.58 10.00 9.79 8.16 ‘6.65 6.56 .6.63 6.75 6.73 6.72 . 6.94 7.56 . 854
2019 7.53 9.93 9.72 2.11 6.60 6.51 6.59 . 6.70 . . .‘66~ 6.67 6.89 7.51 8.42
2020 7.67 10.11 990 2.26 . 6.72 6.63 6.71 6.82 6.80 6.79 7.02 7.65 8.63
2021 7.79 10.27 10.05 838 6.82 .6.73 . 6.81 . . 693 691 6.29 7.12 3.76 8.76
2022 8.07 10.65 10.42 .2.69 3.03 .6.98 7.06 7.18 7.16 7.15 732 8.05 9.09

Notes: . . . .

Prices for a]hi~onths are ca1c~thtedby reii1tip1~ing the He~xy Rub Monthly Pri.ce by the Monthly Factor for Algonquin City Gate’
2007-2022 Axutual Averago Prices the straight avexa~s across the months of each year ‘ ‘ .
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Exhibit B-3. Monthly Regional Natural Gas Price Forecast 2007-2022 (2007$/MMBtu) — TGP Z6

Monthly
PrainFoctor 1.2735839 12766407 1.1333628 1.0860551 1.0837252 1.0814196 1.0849595 1.0767206 1.0662243 1.0786931 1.1111352 1.177818291

Arm Avg
Year Price 1 2 3 4 5 6 7 2 9 10 11 12
2007 8.69 7.28 9.55 2.23 756 7.70 8.40 8.59 8.63 8.59 8.79 9.79 11.15
2008 9.80 12.45 12.44 10.75 8.85 8.67 8.71 8.81 8.80 8.74 8.92 9.68 10.77
2009 925 11.95 11.93 10.30 8.29 8.12 8.16 8.25 8.24 8,20 837 9.08 10.10
2010 8.66 11.16 11.15 9.61 7.77 7.61 7.65 7.74 7.72 7.68 7.86 8.53 9.49
2011 8.16 10.49 10.48 9.04 731 7.16 7.20 7.29 7.27 7.23 7.40 8.04 8.97
2012 7.77 993 9.93 8.57 6.99 6.84 6.88 6.96 695 6.91 7.02 7.62 855
2013 7,07 2.87 891 7.72 6.29 6.19 6.24 634 635 635 652 7.11 7.94
2014 7.13 8.95 899 7.79 634 6.24 6.30 6.40 6.41 6.41 658 7.17 8.01
2015 7.02 8.89 8.93 7.73 630 6.20 6.25 635 636 6.36 6.54 7.12 796
2016 724 9.08 9.12 7.90 6.43 6.33 639 6.49 650 650 6.68 7.28 8.13
2017 7.51 9.43 9.47 8.20 6t58 6.58 6.64 6.74 6.75 635 6.93 756 8.44
2018 7,43 9.32 936 2.11 6~1 6.50 6.56 6.66 6.68 6.67 6.86 7.47 835
2019 7.38 9.26 9.30 8.06 656 6.46 6.52 6.62 6.63 6.63 6.81 7.42 8.29
2020 751 9.43 9.47 8.20 6.68 657 6.63 6.74 6.75 6.75 6.93 756 8.44
2021 7.63 9.57 9.61 8.33 6.78 6.67 6.73 6.84 6.85 6.85 7.04 7.67 857
2022 791 9.93 9.97 8.63 7.03 6.92 6.92 7.09 7.11 7.10 730 795 8.88

Notes:
Prices fox all months are c*ulatedby nTultiplying the Henry Hub Monthly Price by the Monthly Factor for Tennessee Zone 6
2007-2022 Amiual Average Prices axe straight averages across the months of each year
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Exhibit B-4 Monthly New England Natural Gas for Electric Generation Price Forecast 2007-2022 (2007$/MMBtu)

Monthly V

Prem V V V

• Factor 1.365965 1.334322 1.140818 1.092712 1.093159 1.093222 1.098781 1.084941 1073207 1.091526 1.124343 1.204758
AnnAvg V VV V V

Year Price 1 V 2 3 4 V 5 6 V 7 9 ~9 10 .11 12
2007 8~82 V 7•49 9.64 8.27 765 V V 7.80 8.52 812. 8.74 8.69 8.91 9.92 11.34 V

2008 997 1297 1279 1086 895 878 883 894 890 884 905 981 1097
2009 942 1245 1227 1040 838 822 827 837 834 829 849 920 1028
2010 8.83 11.~64 V 11.47 9.72 7.86 7.71 V 77)3 . 7.86 V 7.82 7.78 7.97 8.65 .67
2011 8.31 V~ 1 0.94 1 0.79 9.14 7.40. 7.26 . 7,31 7.40 7.37 7.32 7.51 9.16 9.15
2012 7.92 . 10.36 . 10~22 8.66 7.08 694 V 6.99 7.08 7.04 701 .. 7.19 ~7.80 8.72
2013 721 926 918 781 638 828 635 645 645 644 663 722 810
2014 728 935 926 788 843 634 640 651 650 650 869 729 818
2015 7.23 V 929 V V 9.20 7.83 6.39 . 6.29 6.36 8.46 . 6.46 6.45 6.64 7.24 8.12
2016 7.30 . 9.48 9.39 ~00 ~.52 6.43 6~49 6.60 . 66~ 6.59 6.79 7.39 8.29
2017 7.66 994 975 830 6.77 6.67 6.74 6.85 6.85 6.84 7.05 7.67 8.61
2018 758 973 964 021 670 660 667 677 677 676 697 759 851
2019 7,53 V 9.67 9.58 V 815 6.65 655 V 6.62 673 6.73 6.72 6.92 7.54 . 946
2020 766 9:84 9.75 8,30 v.77 . 6.67 . 6.74 8.85 6.85 6.84 7.04 757 V 8.61
2021 7.78 V V 9.99 9.90. 8.42 6.87 6.77 . . ~4 6;95 6.95. 694 7.15 7.79 8.74
2022 8.06 10.36 . 10.26 8.73. V 7j~ 702 7.09 7~21 720 7.20 7.41 8.07 . 9.06

Notes: V V V V V V V V

Prices are based on the average ofthe Algonquin City Gate &Tennessee Zone 6 prices along with a transportation markup
NO markup for electric generation 0.07 $IMMSIu V V V V
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Exhibit B-S. Avoided Cost of Gas Delivered to Retail Customers in Southern New
England by End Use (Gas Delivered via Texas Eastern and Algonquin Gas
Pipelines) in 2007$/Dekatherm

COMMERCIAL & INDUSTRIAL ALL
Non

Heating
Year 3-mon. 5-mon. annual 6-mon. annual 5-mon. 6-mon. 5-mon. -

2007 1342 13.19 11,96 12.82 9.92 11.16 10,79 12.04
2008 14.51 14.27 12.96 13.88 10.93 12.23 11.84 13.12
2009 13.94 13.70 12.44 13.32 10.40 11.67 11.29 12.56
2010 13.34 13.11 11.88 12.74 9.85 11.08 10.71 11.97
2011 12.82 12.60 11.40 12.24 9.37 10.56 10.21 11.45
2012 12.43 12.21 11.04 11.85 9.01 10.17 9.83 11.06
2013 11.71 11.50 10.38 11.16 8.34 9.46 9.13 10.35
2014 11.78 11.5~ 10.44 11.23 8.41 9.53 9.20 10.42
2015 11.73 11.51 10.39 11.18 8.36 9.48 9.14 10.37
2016 11.89 11.67 10.53 — 1.33 8.50 9.63 9.30 10.52
2017 12.17 11.95 10.80 11.61 8.77 9.92 9.57 10.81
2018 12.08 11.86 10.72 11~52 8.69 9.83 9.49 10.72
2019 12.03 11.81 10.67 11.47 8.64 9.78 9.44 10.67
2020 12.17 11.95 10,80 11.61 8.76 9.91 9.57 10.80
2021 12.29 12.06 10.91 11.72 8.87 10.03 9.69 10.92
2022 12.57 12.35 11.17 12.00 9.14 10.32 9.97 11.20
2023 1270 12.47 11.28 12.12 9.23 10.42 10.06 11.32
2024 12.83 12.60 11.40 12,24 9.32 10.52 10.17 11.43
2025 12.95 12.72 11.51 12.36 9.42 10.63 10.27 11.54
2026 13.08 12.85 11.63 12.49 9.51 10.73 10.37 11.66
2027 13.21 12.98 11,74 12.61 9.61 10.84 10.47 11.78
2028 13.35 13.11 11.86 12.74 9.70 10.95 10.58 11.89
2029 13.48 13.24 11.98 12.86 9.80 11.06 10.68 12.01
2030 13.61 13.37 12.10 12.99 9.90 11.17 10.79 12.13
2031 13.75 13.51 12.22 13.12 10.00 11,28 10.90 12.25
2032 13.89 13.64 12.34 13.25 10.10 11.39 11.01 12.38
2033 14.03 13.78 12.46 13.39 10.20 11.51 11.12 12.50
2034 14.17 13.91 12.59 13.52 10.30 11.62 11.23 12.63
2035 14.31 14.05 12.72 13.65 10.40 11.74 11.34 12.75
2036 14.45 14.19 12.84 13.79 10,51 11.86 11.45 12.88
2037 14,60 14.34 12.97 13.93 10.61 11.98 11.57 13.01
2038 14.74 14.48 13.10 14.07 10.72 12.10 11.68 13.14
2039 14.89 14.62 13.23 14.21 10.82 12.22 11.80 13.27
2040 15.04 14.77 13.36 14.35 1093 12.34 11.92 13.40

Levellzed
(2008-2040) 13.098 12.864 11.639 12.499 9.519 10.744 10.379 11.671
(2009-2040) 13.036 12.803 11.580 12.439 9456 10.679 10.315 11.608
5 years (2008.12) 13.430 13.199 11.967 12.831 9.934 11.166 10.798 12.055
10 years (2008-17) 12.684 12.459 11.275 12.106 9.242 10.426 10,073 11.315
l5years(2008-22) 12.547 12.322 11.148 11.973 9.115 10.290 9.940 11.179

Real discount rate: 2.2 165%

000373

RESIDENTIAL
Existing New Hot
Heatinq Heatinci Water All Heating All

RETAIL
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Exhibit B-6. Avoided Cost of Gas Delivered to Retail Customers in Northern and
Central New England by End Use (Gas Delivered via Tennessee Gas Pipeline) in
2007$LDekatherm :

Year 3-mon. 5-mon. annual ,6-nion. annual’ ‘5-mon. 6-mon. 5-mon.
‘. 2007 ‘12.88’~ 1271 11.65 12:39 10.56 11,63 11.32 12.12

~ 2008 13.95 13,77 12.65 13.43 11.57 12.69 12.35 13.18
2009 13.39 13.21 12.13 .. 12.88 11.05 ‘12.14. 11,81 12.63

~ . 2010 12.8112.63 11.58 ‘12.31 .~ 10.51 11.55 11.24 12.04
~ ‘ 2OVt 12.30 ‘. 12.12 11.11 11.82 10.03 11.05 10.74 11.54

2012 11.92 11.74 ‘10.75 11.44’ 9,68 10.67’ 10.37 11.16
2013 11.21 ‘11,04 ‘ . 10.10 10.76 9.02 . ‘ 9.97 ‘~ 9.68 10.46
2014 ‘ 11.28 11,11 10.16 10.82 .9.08 10,03. ‘ 9.75 10.52

‘ 2015 11,23 ‘ 11:06 10.11 10.77 . . 9.0.3 9.98 9.70 10.47

~ 2016 ‘ 11.38 11:21 10.25 10~92 9.18 10.13 9.85 10.62
2017. 11:66 11:49 ‘ 10.51 .11.20 . 9.44. 10,41 10.12 10.90

‘ 2018 ‘ . 11:57. 11:40 10,43 11,11’ 9.36 10.33 ‘ 10.04 10.82
: 2019.. ‘‘ 11.52 11.35 10,39 11.08. 9,31 . 10.28 ‘ 9.99 10.77

. 2020 11.66 . 11,49 10.51 11.19 “ 9,44 10,41 ‘ . 10.12 10,90~
‘ 2021 .. 11.77 ‘ 11:60 10.62 ,‘ 11:30 . 9.54 10.52 10.23 1

• :: 2022 12:05’ ‘11.88 10.88 ‘ 1.1.58 . 9.90 10.81 ‘ . 10.51 11,30
‘ .‘‘ 2023 ‘ 12.17 ‘ 12.00 ‘ .10.99’ . 11.70 . ‘ 9.90 10,91 . ‘ 10.61 .

‘ .2024 12.30’ . ‘ 12.12: .11.10~ 11.81 . 10.00 ‘ 11.02 . ‘10.72 .11.52
‘ :. 2025’ ‘ 12.42. ‘ 12.24 ‘ . 11.21~ ‘.. 11.93 ‘.10.1.0 ‘ ‘ ‘1,1:13 ‘ . .10:82 11.64

2026 1254 1236 1132 1205 1020 1124 1093 1175
. ‘ ‘ 2027 ‘ 12.67 1.2.49 11.43. 12.1.7 . 10,31 11.36 ‘ 11:04 11.87

. 2028 12.80 12.61 12.29 .10,41 . 11.47 ‘ 11.15 11.99
, 2029 . 12.92 12.74 1 .12.42 10.51 . 11.58 ‘ 12.11

20.30 13.05 . 12.86 11.78’ 12.54 ‘ 10.62 11.70 ‘ 11,38 ‘ 12.23
2031 1318 1299 1190 1267 1072 1182 1149 1235
2032 1332 1312 1202 1279 1083 1194 1160 1248
2033 1345 1325 1214 1292 1094 1205 1260

‘ 2034 ‘ 13.58 “ . 13.39’ 12.26 ‘13.06 . 11.05 12.18 ‘ 12.73
2035 . 13.72. 13.52 ‘.12.38 13.18 ‘ 11,16 . 12.30 . 11.96 12.86
2036 ‘ 13.86 13.66 12.51 . 13.31 11.27 . 12.42 ‘ 12.08 . 12.98

, 2037 ‘ . 13;99 13,79 12,63 13:44 11.38 12.54 , ‘ ‘12.20 ‘ 13.11
‘ 2038. 14.13 13.93 12.76 .13.58 . . 11.50 12.67 12.32 .13.24

. 2039 14.28 ‘ ‘14.07 12.89 13.71 11:61 . 12.80 12.44 13.38
.. ‘2040 . 14.42 ‘ ‘ 14.21 ‘ ‘ , .13.01 ‘ ‘ 13.85 . 11,73 . 12.92 12.57 13.51

Levelized . : ‘ .

(2008-2040) . 12.558 . 12.376 . 11,334 12,064 .10.213 . 11,255 10.943 11.766
(2009-2040) 12.496 ‘ 12,315 11.276 12.004 10.153 ‘11.192 10.881 11.704
5years(2008-12) 12.895 12.717 11.663 12.400 10.588 11.642 11.325 ‘ 12.132
loyoars (2008-17) 12,163 11.989 10.982 11.687 9.907 10.914 10.612 11.404
15y.ears(2008-22) 12.029 11.855 10,856 11.555 9.781 10.780 10.480 11.270

Real discount rate: 2.2165%

Existing New . Hot
Heating Heating ‘Water ‘ All

RESIDENTIAL COMMERCIAL &1NDUSTRIAL
Non

Heatino ‘ Heatina All

ALL
RETAIL
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Exhibit B-7. Avoided Cost of Gas Delivered to Retail Customers in Vermont by End
Use (Gas Delivered via TransCanada Pipeline) in 2007$LDekatherm

______ ______ ______ COMMERCIAL & INDUSTRIAL ALL
Non RETAIL

____________________ ________ Heating Heating All

_______ RESIDENTIAL
ExistIng New Hot —

Heatinti Heatlnci Water All
Year 3-mon. 5-mon. annual 6-mon. annual 5-mon. 6-mon. 5-mon.
2007 12.14 11.90 10,66 11.53 8.65 9.89 9.52 10.65
2008 13,09 12.84 11.54 12.45 9.53 10.83 10.44 11,58
2009 12.59 12.35 11,08 11.97 9.07 10.34 9.96 11.09
2010 12.07 11.83 10.60 11.47 8.59 9.82 9.46 10.58
2011 11.62 11.38 1018 11.03 8.17 9.38 9.02 10.13
2012 11.28 11.05 9.87 10.70 7.86 9.04 8.69 9.79
2013 10.65 10.43 9.29 10.09 7,28 8.42 8.08 9.17
2014 10.71 10.49 9.34 10.15 7.33 8.48 8.14 9.23
2015 10.67 10.44 9.30 10.10 7.29 8.43 8.10 9.19
2016 10.80 10.58 9.43 10.24 7.42 8.57 8.23 9.32
2017 11.05 10.82 9.66 10.48 7.85 8.81 8.47 9.57
2018 10.98 10.75 9.59 10.40 7.58 8.74 - 8.40 9.49
2019 10.93 10.70 9.55 10.36 7.54 8.69 8.35 9.45
2020 11.05 10.82 9.66 10.48 7.65 8.81 8.47 9.57
2021 11.15 10.92 9.75 10.57 7.74 8.91 8.57 9.67
2022 11,40 11.17 9.98 10.82 7.97 9.16 8.81 9.92 -

2023 11.52 11.28 10.08 10.93 8.05 9.25 8.90 10.01
2024 11.63 11.39 10.18 11.03 8.13 9.35 8.99 10.12
2025 11.75 11.51 10.28 11.15 8.21 9.44 9.08 10.22
2026 11.87 11.62 10.39 11.26 8.30 9.53 9.17 10.32
2027 — 11.98 11.74 10.49 11.37 8.38 9.63 9.26 10.42
2028 i2.10 11.86 10.59 11.48 8.46 912 9.35 10.53
2029 12.23 11.97 10.70 11.60 8.55 9.82 9.44 10.63
2030 12.35 12.09 10.81 11.71 8.63 9.92 9.54 10.74
2031 12.47 12.22 10.92 11.83 8.72 10.02 9.63 10.84
2032 12.60 12.34 1.02 11.95 8.81 10.12 9.73 10.95
2033 12.72 12.46 — 1.14 12.07 8.89 10.22 9.83 11.06
2034 12.85 12.59 — 1.25 12.19 8.98 10.32 9.93 11.17
2035 12.98 12.71 1.36 12.31 9.07 10.43 10.03 11.29
2036 13.11 12.84 11.47 12.43 9.16 10.53 10.13 11.40
2037 13.24 12.97 11.59 12.56 9.26 10.64 10,23 11.51
2038 13.37 13.10 11.70 12.68 9.35 10.74 10.33 11.63
2039 13.50 13.23 11.82 12.81 9.44 10.85 10.43 11.74
2040 13.64 13.36 11.94 12.94 9.54 10.96 10.54 11.86

Levelized
(2008-2040> 11.880 11.636 10.398 11.270 8.303 9.542 9.175 10.329
(2009-2040) 11,827 11.584 10.348 11.218 8.249 9.485 9.119 10.274
Syoars(2008-12) 12.151 11.909 10.671 11.542 8.663 9.901 9.534 10.656
10 years (2008-17) 11.500 11.265 10.070 10.911 8.062 9.257 8.903 10.012
l5years(2008-22) 11.380 11.147 9.960 10.795 7.951 9.138 8.787 9.893

Real discount rate; 2.2165%
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Exhibit B-8. Monthly Henry Hub Natural Gas Price Foreèast 2007-2022 ~Nom1nal$/~MBtu~.

MoniNy
~c1j Factor 1.1159874 Li 178952 1.0909087 0.9272738 0.9144141 •0.92~639 0.9358622 0.9450845 0.9533974 0.9687786 1.0250697 1.080189319
HHAnn .

~ A~ V V : . V

Noreinal V V V

Year Pce 1 2 3 4 V 6 7 8 V 10 .11 12
2007 771 584 693 755 696 711 777 7.92 802 806 215 881 946
2008 887 1002 999 972 835 8.20 8.26 823 338 840 242 8.93 938
2009 857 9.36 . 9.82 955 8.02 7~87. 793 799~ 8.04 . 8.08 &16 859 9.01
2010 823 . 9.44 9.41 9.14 7.70 . .7.56 Th2 7.68 773 7.76 7Z4 8.26 8.68
2011 795 909 906 880 743 729 7.35 741 745 749 757 7.99 341
2012 776 882 880 855 7.28 7 14 720 7.26 730 734 742 782 8.21
2013 7.24 8.08 8.09 7.90 6.71 6.62 V: 6.69 6.77 6.84 ., 6.90 . 791 7.42 :7.82
2014 749 836 837 8 17 6.94 685 6.92 701 708 7 14 725 768 809
2015 762 850 852 831 707 697 705 713 720 7.27 738 781 8.23
2016 798 891 892 871 740 7.30 338 747 754 761 773 813 862
2017 849 942 950 9.27 733 777 385 795 803 2 10 2.23 871 9 18

~ 2018 2.61 9.61 96~ 939 7~9~ V 787 796 V ~96 8.14 V 2.21 834 8.32 . 930
2019 876 978 980 956 8 13 801 8 ii] 220 8.28 2.36 849 8.92 947
2020 9 15 1021 10.22 9.98 848 8.36 846 256 864 872 886 937 988
2021 952 1062 1064 10.38 822 870 880 891 899 908 9.22 976 10.28
2022 10.11 11.29 11.31 11.03 V 938 V 935 V 935 V 94~ 956 . 9.65 . 9,80 10,37 10.93

Notes: V V

MJ7~~5i07 ~ pies V V V ~ ~V V

6~)7 12112 are forecasted prices fiomNYMEX as ofMay2 2007
2007-2012 HH Annual Average Prices are sti~ight averages across the months of each~ V V

2013-2022HH Annual Average Prices are forecasted V V V V: VV V V

Prices for 1113-12122 are calculatedbymuitiplyingilie NH AnnuelAverage Price bythe Monflil~rAdjustment Factor
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Exhibit B-9. Monthly Regional Natural Gas Price Forecast 2007-2022 (Nominal$JMMEtu) — ALG

Monthly
Pram Factor 13659643 1.3343223 1.1408134 1.0927116 1.0931538 1.0932223 1.0987813 1.0849414 1.073207 1.0915255 1.1243434 1.204753479
Ami Avg
Noniinel

Year Price 1 2 3 4 5 6 7 8 9 10 11 12
2007 8.82 7.69 9.73 830 7.61 7.77 8.49 8.70 8.70 8.65 8.90 9.90 11.40
2008 1051 14.03 13.66 11.37 9.35 9.19 9.25 938 932 9.24 9.49 10.29 11.53
2009 10.42 14.14 13.77 11.44 9.20 9.04 9.10 9.22 9.17 9.11 9.35 10.14 11.40
2010 10.26 13.88 1352 11.22 9.06 8.90 8.97 9.09 9.03 897 9.22 10.01 11.26
2011 10.15 13.71 1335 11.09 3,96 8.80 8.87 3.99 8.93 8.87 9.12 9.92 11.18
2012 10.16 13.64 13.29 11.04 9.00 8.83 8.91 9.03 8.96 8.91 9.17 9.95 11.20
2013 9.70 12.80 1252 10.45 351 839 3.49 8.63 8.61 359 8.88 9.68 1092
2014 10.20 13.57 13.28 11.08 9.02 8.90 9.00 9.15 9.13 9.11 9.41. 10.26 11.58
2015 10.73 14.15 13.85 11.55 9.41 9.28 9.39 9.55 9.52 950 922 10.70 12.08
2016 11.52 15.19 14.87 12.40 10.10 996 10.07 10.25 10.22 10.20 10.54 11.49 1297
2017 12.57 1658 16.22 1353 11.02 10.87 10,99 11.18 11,15 11.13 1150 1253 14.15
2018 13.06 17.22 16.85 14.06 11.44 11.29 11.42 11.61 11.58 1156 11.94 13.112 14.70
2019 13.63 17.97 17.58 14.67 11.94 11.78 11.91 12,12 12.09 12.07 12.46 1358 1534
2020 14.57 19.22 18.80 15.69 12.77 12.60 12.74 1296 12.93 1291 1333 1453 16.41
2021 1555 20.50 20.06 16.73 13,62 13.44 1359 13.83 13.79 13.77 1432 1550 1750
2022 16.93 2233 21.85 18.23 14.84 14.64 14.81 13.06 15.02 15.00 15.49 16.88 19.06

Notes:
P±es for all months are oak ated by multiplying the Henry Htir Mon±hly Price by the Monthly Factor for A1gor~nin City Gate
2007.2022 Armual Awmge Prices are straight averages across the months of each year
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Exhibit B-b. Monthly Regional Natural Gas Price Forecast 2007-2022 (Nominal$/MMBtu) — TGP Z6

Monthly
Pi~nFactar 1.2735839 1.2766407 1.1333628 1.0860551 1.0237252 1.0814196 1.0249595 1.0767206 1.0662243 1.0786931 1.1111352. 1.177818291

• Am~Avg
Noniii~e1

Ye& Pñce 1 2 3 4 5 6 7 3 9 10 11 12
• 2007 8.69 728 955 8.23 : 756 7.70 8.40 859 8.63 2.59 8.79 9.79 11.15

2008 1030 13.08 13.07 11.29 930 9.11 9.15 926 9.25 9.18 9.37 1037 1132
2009 10.21 13.19 13.17 1137 9.15 8.96 9.01 9.11 9.10 9,05 9.24 10.02 11.15
2010 10.05 12.94 12.93 11.15 9.01 832 8.87 8.99 8.96 2.91 931 9.89 11.01
2011 9.94 12.78 12.77 11.01 8.91 2.72 8.77 8.82 8.86 8.81 9.01 9.80 10.93
2012 995 1271 1271 10.96 294 876 881 291 889 995 906 983 1095
2013 9.51 11.93 1198 1038 8.45 832 8.39 252 854 854 8.77 956 10.68
2014 10.08 12.65 12.70 11.01 ~.96 232 8,90 9.04 9.06 9.05 9.30 10.14 11.32
2015 1051 13.20 13.25 11.48 935 . 9.20 9,28 9.43. 9.45 9.44 9.70 1057 1.1.81
2016 11.29 1416 1422 1232 1004 988 997 1012 10.14 1014 1041 1135 1268
2017 1231 1545 1552 1344 1095 1078 1087 1104 1106 1106 1136 1238 1383
2012 1279 16.05 1612 1396 1137 1119 11.29 1147 1140 1149 1180 1226 1437
2019 1335 16.75 i~.22 .1453 1187 11.68 11.79 11.97 1199 11.99 1232 13.42 15.00
2020 14.28 1792 17.99 1559 12.30 12.49 12.61 1230 12.23 12.82 13.13 . 1436 16.04
2021 1523 19.11 . 19,19 16.63 13,54 13.33 13.47 13.65 13.68 . 13.68 14.05 15.32 17.11
2022 1659 20.82 20.91 18.11 14.75 1452 14.65 14.87. 14.91 14.90 .1531 . . 16.68 . 18.64

Nokee:
Pn~ee fox all inonfl’is a~a ~a1ciiWec1by mvltiplymg the Henry Hnb Monthly Pijce by the Monthly Factor for rennessen Zone 6
.2007-2022 Anneal Average Pñces are straight averages acnrss the nionthe of each year
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Exhibit B-il. Monthly New England Natural Gas for Electric Generation Price Forecast 2007-2022 (Nominal$/MIVlBtii)

Y~lonthly
Prom
Factor 1.365965 1.334322 1.140018 1.092712 1.093159 1.093222 1.098781 1.084941 1:073207 1.091526 1.124343 1.204758

Nominal
AnnAvg

Year Puce 1 2 3 4 5 6 7 8 9 10 11 12
2007 8.82 7.49 9.64 8.27 7.65 7.80 9.52 8.72 8.74 8.69 8.91 9.92 11.34
2008 10.22 13.30 13.11 11.13 9.17 9.00 9.05 9.18 9.13 9.06 9.27 10.05 11.24
2009 9.89 13.08 12.89 10.93 8.81 8.64 8.69 8.80 8,77 811 8.92 9.67 10.80
2010 9.50 12,53 12.36 10.46 8.47 8.30 8.36 8.46 8.43 8.37 8.58 9.31 10.42
2011 9.18 12.08 11.91 10.09 8.17 8.01 8,07 8.17 8.13 8.08 8.29 9.01 10.09
2012 8.97 11.72 11.57 9.80 8.01 7.85 7.91 8.01 7~97 7.93 8.14 8.82 9.86
2013 8.36 11174 10.65 9.06 7.39 7.29 7.36 7.40 7.48 7.47 7.69 8.38 9.40
2014 8.65 11.11 11.01 9.37 7.65 7.54 7.61 7.73 7.73 7.72 7~95 8.66 9.72
2015 8.80 11.31 11.21 9.54 7.78 7.67 7.75 7.87 7.87 7.86 9.10 0.82 9.89
2016 9.22 11.84 11.73 9.99 8.15 8.03 8.11 8.24 8.24 8.23 8.48 9.23 10.36
2017 9.81 12.60 12.49 10.63 8.67 8.54 8.63 0.77 8.77 8.78 9.02 9.82 11.02
2018 9.94 12.77 12,65 10.77 8.79 8.66 8.75 8.89 8.88 8.88 9.14 9.95 11.17
2019 10.12 13.00 12.88 10.97 8.95 8.82 0.90 9.05 9.05 9.04 9.31 10,14 11.37
2020 10.56 13.57 13.44 11.44 9.33 9.20 9.29 9.44 9.44 9.43 9.71 10.57 11.86
2021 10.99 14.12 13.99 11.90 9.71 9.57 9.67 9.82 9.82 9.81 10,10 11.00 12.34
2022 11.67 15.00 14.86 12.65 10.32 10.17 10.27 10.44 10.43 10.42 10.73 11.69 13.12

Notes:
Prices are based on the average ofthe Algonquin City Gate & Tennessee Zone 6 prices along with atransportation markup.
NG markup for electric generation 0.07 $JMMBtu
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Exhibit B-12. Avoided Cost of Gas Delivered to Retail Customers in Southern New
England by End Use (Gas Dehvered via Texas Eastern and Algonquin Gas
Pipelines) in Nominal$/Dekatherm

COMMERCIAL & INDUSTRIAL
Non,

Heatina Heatina

14.652 16.476
‘14.806 16.662
11.609 12.960
11.458 12.871
11.922 13.408

Synapse Energy Economics — AESC 2007 B-I 2

RESI[’~NTIAL
Existing New Hot
Heating Heating Water All All

ALL
RETAIL

Year . 3-mon. 5-mon. annual 6-mon. annual 5-mon. 6-mon. 5-mon.
2007 13.42 13:19 11.96 1282 9.92 11.16 10.79 12.04
2008 14.87 14.62 13.29 14.22 11.20 12.54 12.14 13.45
2009 14.64 14.39 13.07 14.00 10.93 12.26 11,86 13.19

• 2010 14.37 .14.12 12.80 13.72 10.61 11.93 11.53 12.89
2011 14.15 . 13.90 12.59 .13.51 10.34 1166 11.27 12.64
2012 14.06 .‘ 13.81, 12.49 13.42.. 10.19 11.51 . 11.12 12.52
2013 1359 1333 1203 1295 968 1098 1059 1201
2014 14.00 13.74 12.41 ‘13:35 9.99 11.33 10.93 12.39

• 2015 ‘. 14.29 . 14.02• .12.66 .13.62 10.18 11.55 11.14 12.63
2016 14.84 14.57 13,16 14.15 10.62 12.03. 11.61 13.14
2017 15.58 . 15.30 ‘ .13.82 1486 11:22 12.69 . 12.26 13.83

~ 2018 15.85 . 15,56 14.06 15:12 11.40 12.90 . . 12.45 14.06
2019 ‘ ‘ 16.18 15.89 14.35 15:43 11,62 13.15 12.70. , 14.35
2020 16.77 16.47 .14.88 16.00 12:08 13.67 13.20 14.89
2021 17.36 17,04 ‘ 15.41 16.56 12.54 . 14.17 13.69 15.43
2022 18.21 17.88 16.18 , 17.38 13.24 . 14.94 14.43 16.23
2023 18.85 1:8.51 16.75 17.99 ‘‘. 13.70 15.47 14.94 16.80
2024 19.52 19.17 17.34 18:62 14.19 16.01 15.47 17.39
2025 ‘ 20.20 19.84 17.95 19.28 14.69 16.58 16.01 18.01

‘ 2026 . 20.92 20.54 18.59 , 19.96 15.20 17.16 16,58 18.64

~ 2027 21.65 ‘ 21.27 ‘ 19.24 . 20.66 15.74 . 17.77 17.16 19.30
.2028 , 22.42 22.02 19.92 21.39 16.29 18.39 .‘ 17.77 ‘ 19.98

2029 23.21 22.79 20.62 .22.15 16.87 19.04 18.39 20.68
2030 24.02 . 23,60 21,35 22,93 1746 . 19.71 19.04 21.41
2031 24.87 24.43 22.10 : 23.73 18.08 . 20.41 19.71. 22.16

.‘. 2032 25,75 . 25.29 22.88 24.57 18.72 . 21.12 ‘ . 20.41 22.95
2033 26.66 . .26.18 23.69 25A4 19:38 ‘21.87 21.13 23.75

• ‘ 2034’ •‘ 27.60 27.1.0 , 24.52 26.33 20,06 22.64 21.87 . 24.59

‘ 2035 28.57 28.05 25.39 27.26 20.77 23.44 22.64 25.46
2036 29.57 29.05 .26,28.. 28:22 ‘ 21,50 24.26 23,44 . 26.36
2037 30.62 30.07 27.21 29,22 22.26 25.12 24.27 27.29’
2038 31.70 31.13 - 28.17 30.25 23.04 26.01 . 25.12 28.25
2039 ‘ 32.81 32.23 ‘ 29.16 31.31 23.85 ‘26.92 26.01 . 29.24

‘ ‘2040 33.97 33.36 30.19 32.42 24.69 27.87 26:93 30.27.
Levelized
(2008-2040) 18.490 18,160 16.429 17.64.4’ , 13.437
(2009-2040) 18,713 “ 18.377 16.623 17.855 ‘ 13.574
5 years (2008-12) . 14.438 14.189 12.865 13.794 10.680
10.years (2008-17) 14.428 14,172 ‘ 12.826 13.771 10.513
15 years’(2008-22) , , 15.049 ‘. .14.779 13.371. 14.3~0 , 10.933

Nominal disQOunt rate: .4.7755% ‘

15.167
15.329
12.004

.11.859
12.341
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Exhibit B-13. Avoided Cost of Gas Delivered to Retail Customers in Northern and
Central New England by End Use (Gas Delivered via Tennessee Gas Pipeline) in
Nominal$/Dekatherm

RESIDENTIAL COMMERCIAL & INDUSTRIAL ALL
~xIsting New Hot Non RETAIL
Heating Heating Water All Heating Heating All

Year 3-mon. 5-mon. annual 6-mon. annual 5-monO 6-mon. 5-mon.
2007 12.88 12.71 11.65 12,39 1058 11.63 1.1.32 12.12
2008 14.30 14.11 12.96 13.76 11.86 13.01 12.66 13.51
2009 14.07 13.88 12.74 13.54 11.61 12.75 12.41 13.27
2010 13.79 13.60 12.47 13.26 1.1.31 12.44 12.10 12.97
2011 13.58 13.38 1226 13.05 11.07 12.20 11.86 12.74
2012 13.48 13.28 12.16 12,95 10.95 12.07 11.73 12.62
2013 13.00 12.81 11.71 12.48 10.46 11.56 11.23 12.13
2014 13.41 13.20 12.07 12.86 10.80 11.92 11.59 12.51
2015 13.68 13.47 12.32 13.13 11.01 12.16 . 11.82 12.76
2016 14.21 14.00 12.80 13.64 11.46 12.66 12.30 13.27
2017 14.92 14.70 13.46 14.33 12.08 13.33 12.95 13.96
2018 15.19 14.96 13.69 14.58 12.28 13.55 13.17 14.19
2019 15.50 15.27 13.97 14.88 12.52 . 13.82 13.43 14.48
2020 16.07 15.83 14.49 15.43 13,01 14.35 13.95. 15.03
2021 16.63 16.39 15.00 15.97 13.48 14.87 14.45 15.56
2022 17.46 17.21 15.76 16.77 14.20 15.65 15.21 16.36
2023 18.07 17.81 16.31 17.36 14.70 16.20 15.75 16.94
2024 18.71 18.44 16.89 17.97 15.22 16.77 16.31 17.53
2025 19.37 19.09 17.48 18.61 15.76 17.36 16.88 18.15
2026 20.05 19.76 18.10 19.26 16.31 17.98 17.48 18.79
2027 20.76 20.46 18.74 19.94 16,89 18.61 18.09 19.46
2028 21,49 21.18 19.40 20.65 17.48 19.26 18.73 20.14
2029 22.25 21.93 20.08 21.37 18.10 19.94 19.39 20.85
2030 23.03 22.70 20.79 . 22.13 18.74 20.65 20.07 21.58
2031 23.84 23.50 21.52 22.91 19.40 21.37 20.78 22.34
2032 24.69 24.33 22.28 23.71 20.08 22.13 21.51 23.13
2033 25.56 25.19 23.07 24.55 20.79 22.91 22.27 23.95
2034 26.46 26.07 23.88 25.42 21.52 23.72 23.06 24.79
2035 27.39 26.99 24.72 26.31 22.28 24.55 23.87 25.67
2036 28.35 27.95 25.59 27.24 23.06 25.42 24.71 26.57
2037 29.35 28.93 26.50 28.20 23.88 26.31 25.58 27.51
2038 30.39 29.95 27.43 29.19 24.72 27.24 26.48 28.48
2039 31.46 31.01 28.40 30.22 25.59 28.20 27.42 29.48
2040 32.57 32.10 29.40 31.29 26.49 29.20 28.38 30.52

Levelized
(2008-2040) 17.727 17.471 15.999 17.030 14.417 15.888 15.447 16.610
(2009-2040) 17.938 17.677 16.187 17.231 14.574 16.065 15.618 16.800
5 years (2008-12) 13.863 13.672 12.539 13.331 11.383 12.516 12.176 13.043
10 years (2008-17) 13.836 13.637 12.492 13.294 11.269 12.414 12.071 12.972.
l5years (2008-22) 14.427 14.218 13.021 13.859 11.732 12.929 12.570 13.517

Nominal discount rate: 4.7755%

000381
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Exhibit B-14. Avoided Cost. of Gas.Delivered to Retail Customers in. Vermont by
End Use (Gas Delivered via TrãnsCanada Pipeline) inNorninalS/Dekatherm

______ RESIDENTIAL ______ COMMERCIAL & INDUSTRIAL ALL
Existing . New Hot Non RETAIL
Heatina Heatina Water All Heatinq Heatina All

Year 3-mon. 5-mon. annual 6-mon. annual, 5-mon. 6-mon. 5-mon.
2007 12.14 1190 10.66 1153 8:65 989 9.52 10.65

~ 2008 1.3.42 13,16 11.83 12.76 9.77 11.10 10.70 11.87
2009 13.23 12.97 11.64 12.58 . 9.53 10.86 10.47 11.65
2010 ‘ . 13.00 12.74 11.41 12.35 9.25 10.58 10.18 11.39
2011 12.83 12.57 11.24 12.17 9.02 . 10.35 9.96 11.18
2012 12,76 12.50 11.16 12.10 889 10.23’ 9.83 11.08
2013’ ‘12.36 12,09’ 10.77 11.70 8.44 9.76 9.37 10.64
2014 12.73 ‘12.46 11,11 12.06 8.72 10.08 . 9.68 10.97’

‘ . ‘2015 . 13.00 12,72’ 11.33 12;31. . ‘8.89 10.27 ‘ 9.86 11.19
‘ ‘ 2016.:’~ ‘ 13.49 . 13.21 ‘ 11.77 12.78 ‘ .‘ 9.27 . 10.70 10.28 ‘ 11.64

. ‘‘ ‘ 2017 14.15 13.86 12.36 . 13,41 . 979 11.28 10.84 12.25
2018 ‘ . 14,40 1410’ .12.58’: 13~65 994 11.47 ‘ 11.02 ‘ 12.46

: ‘. 2019 14.70 14.39 . 12.84 ‘ 13,93 “10.14 11.69 11.23 12.71
‘ 2020’ 15.23’ 14.92 13.31 ‘ ‘14,44 . 10.54 . ‘ 12.15 . 11.67 ‘ 13.19

. 2021 ‘ 15.76 15.43 13.78 .14.94 ‘ 10,94 12.59 “ 12.10 13.66
~ , 2022 ‘ 16.51 ‘ 16.18 14.45 15.67 11,55 ‘ 13.27 “‘ ‘ 12.76 , .14.38

‘ 2023 ‘ ‘17,10 16.75 14.96 16.22 11.95 13.74 13.21 14.87
2024 17.70 17.34 15.49 16.79 12.37 14,22 13.67 15.39

‘ 2025 18.32 17.95 16.04 17.38 . 12.81 14.72 14.16 15.93
2026 18.97 ‘ 18.58 16.60 ‘ 18.00 13.26 15.24 . ‘14.65 16:50
2027 ‘ 19~64 19.24 17.19 18.63. 13.73 15.78 15.17 17.08
2028 ‘ 20.33 19.91’.. 17.79 19.29 ‘ 14.21 16.33 15.71 17.68

~ 2029 21,05’ 20,62 18.42 .19.97’ ‘14.72 16.91 16.26 ‘18.30
2030 ‘ 21.79 21.34 1907 ‘ 20.67 . 15.23 ‘ 17.50 16.83 18.95
2031 22.56 22.09 19.74 21.40 15,77 18.12 . 17.43 19,61
2032 . 23.35. 22.87 . 20.44 ‘ 22,15 16.33 , 18.76 18.04’ . . 20.31
2033 . 24.18. 23.68 21,16 22.93 16.90 19.42 18.68 21.02
2034 . . . 25.93 ‘. 24.51 21.91 23.74 17.50 20.11. 19.33 21,76

, . . ‘ 2035 ‘ 25.91 25.38 . 22.68 24.58 . .18.11 . 20.82 . . 20.02 22.53
, 2036 . 26.82 26.27 23.48 25.45 18.75 21.55 ‘ 20.72 23,32

2037 ‘ 27.77 .27.20 24.31 26.34 19.41 22.31 21.45 24.15
2038 . 28.75 . 28,16 25,16 27.27 . 20.10 23.10 22.21 25.00
2039 29.76 ‘ 29.15 26.05 28.23 20.81 23.91 22.99 25.88

‘ 2040 30.81’ 30.18 26.97 . 29.23 21.54 24.75 23.80 26.79
Levelized
(2008-2040) 16.7,70 16.426 14.678 15.909 . 11.721 . 13.470 12.952 14.581
(2009-2040) 16.977 16.628’ 14,853, 16.102 11.841 13.616 13.090 14.748
Syears(2008-12) ‘ 13.063 12.803 11.472 12.408 9,313 10,644 10.249 ‘ 11.456
loyears(2008-17) 13.081 12.814 11.455’ . 12.412 9,170 10.530 10.127. 11.389
l5years(2008-22) 13.649 13.369 11.946 12.948’ . 9.537 10961 10.539 11.866

Nominal discount rate: 4.7755%
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Appendix C — Detailed Input Assumptions for Electric Energy Price Forecast
Exhibit C-i. Load Allocation Exhibit’35

________ State & Peak Load

Modeling 2006 RSP SMD Load State MW CT MA ME NH RI VT
Zone Subarea Zone

7,252 12,561 2,013 2,313 1,855 1,046
BHE BHE ME Maine 310 154%

ME Maine 988 49.1%
ME New

CMP NH 57
Hampshire 2.5%

SME ME Maine 665 33.0%

ME Maine 50 2.5%

NewNH NH NH 1,790Hampshire 77.4%
VT Vermont 70 6.7%

NH New 308VT VT Hampshire 13.3%
VT Vermont 902 86.2%

NEMAJBoston Massachusetts 5391 42.9%
BOSTON BOSTON New

79NH Hampshire 3.4%

WCMA Massachusetts 1671 13.3%
CMPJNEMA CMNNEMA New

79NH Hampshire 3.4%

CT Connecticut 72 i.j°j0
WMA WMA WCMA Massachusetts 1,929 15.4%

VT Vermont 74 7.1%

SEMA Massachusetts 2811 22.4%SEMA SEMA
RI Rhode Island 149 8.0%

SEMA Massachusetts 759 6.0%RI RI
RI Rhode Island 1706 92.0%

CT CT CT Connecticut 3580 49.~%

SWCT CT Connecticut 2,340 32,3%
SWCT -______

NOR CT Connecticut 1,260 17.4%

From Table 3-6 of ISO New England 2006 Regional System Plan.

Synapse Energy Economics — AESC 2007 c-i
C



0
0
C~)
03

Exhibit C-2. Thermal Unit Characteristics

: Unit Size Forced Outag~. Maintenance Fhed O&M Var. O&M Mm. Down Mm. Up Time Full Load HR
Fuel Type Type Range Rate Outage Rate ($Ikw-yr) . ($/MWh) Time (hours) (hours) (btu/kwh)

Coal ST <=50 0.074 0.070 $79.13 $3.58 24 .24 12609
>200 0.071 0.082 $31.97 $1.81 24 24 . 9,811

~ 50-1.00 0.071 0.070 $23.82 $1.28 .. 24 24 10,650
, 100-200 . 0.064 0.070 $39.78 $1.84 24 24 10,700

Gas/Oil CT <=50 0.068 . 0.040 . . $29;43 $275 . 1 1 . 12,459
~ ST <=50 0.073. 0.070 $30.43 $2.88 8 6 13,957

>200 . 0.060 0.125 $18.42 $1~2~ 8 .12 10,735
. 50-100 . 0.142 .0.070 $15.13. $1.42 8 . ~ 6 11,779

100-200 . 0.065 0.~15 . $17.21 $1.47 . 8 8 11,188

LFG CT <=50 ~. 0;063 0.030 $19.54 . $3.31 .. 10,000
r IC <=50 0.022 . 0.040 $61.01 . $434 . . 10,036

ST <=50 0.068 0.070 . ~.: $30.65 . . $3.86 . . . . 11,826
MSW . ST <=50 0.068 . 0.070 $24.25 ~. $0.96 . . 8 6 . 11,671

50-100 0.068. .0.070. .$24.06~ $0.93 8 6 . 11,772.
Natural Gas QC >200 0.055 0.041 $11.42 $219 20 8 7,070

. 50-100 0.059 0.080 $14.69 $0.88 ~22 8 . 8,070

100 200 0 059 0 074 $22.25 $1 69 8 8 8 558
~ CG <=50 0.059 . 0.080 ,. $7~57 $0.66 8 8 •10,000

~ 50-1 00 0.042 0.051 . $10.92 $3.53 4~ 4 10,928~ 100-200 0.054. . 0.072 $1~86 7~ 8,689

~ GT <=50 . 0.053 0.040 . $10.08 . . $201 2 1 1.0;863
~ 50-1 00 0.040 0.040 . $1~.77 $0.59 . 3 2 9,919
.: ~ >200 o.os3 0.150 $17.00 . $1.42 8 10 10,313

Nuclear NU >200. . $9263 . $4.46 . . 16.8 10,077
Oil . CC 100-200 0.059 . 0.080 . $19.39 . .. $2.12 . 8 . 8 8,000

. CG. <=50 0.068 0.040 $5.43 ~$1.62 1 1 13,726
. . GT <=50 0.065 0.034 . $9.47 $256 1 1 13,955

~ 50-100 0.043 0.040 ~5.66 $0.60. 3 2 12,686
. IC<50 ~. 0.142 .0.070 $20.20 $2.21 1• ~ 10~370

~ ST <=50 0.130 . 0.071 $13.97 $1.34 S ., 6 13.417

>200 . 0~063 0.124 $17.92 $1.43 12 14 10,385
50-1 00 0.142 0.070 . $21.80 $1.75 8 6 10,500
100200 0069 0120 $1818 $162 8 8 11202

Other CG 100 200 0084 0 070 $2374 $095 8 8 11 050
ST <=50 0.068 0.070 $23.80 . $0.97 . 8 . 6 10,000

Wind WT <=50 $20.61 $0.00 ..

Wood ST <=50 0.068 0.070 . $26.44 . $1.33. : 8 6 11.874
. . — 60-100 0.054 0.070 $30.45 . $1.70 . .8 6 11,927
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Exhibit C-3. Summary of State RPS Requirements and Qualifying Technology Types

LI

SustainabIe~ lOW Low-emission,
Biomass emission technology • < 50 MW < = 25 MW
Hydro <=5MW <=5MW <=30MW <=200MW <=5Mw
Landfill gas
Sewage plant waste

Fuel cells wI RE fuels • wI RE fuels ref RE fuels
Geothermal -

MSW • wI recycling
CHP •(s)
Energy efficiency • (a)

2007 3.5% 1. 3.0% 3. 0.0% u.0% .0% 0.0%
2008 5.0° 2. 3~5 3. 0.0% 0.0% 3.5% 0.5°
2009 6.0° 3. 4.0° 4. 0.5% 0.0% 4.5% 1.0°
201 0 7.0° 4. 5.0° 4.5 Incremental 1.0% 0.0% 5.5% tO0
2011 7.0° 4. 6.0° 5.5 growth between 2.0% 0.1% 6.5% 1.0°
2012 7.0° 4. 7.0° 6.5 2005 and 2012 3.0% 0.2% 6.5% 1.0°
2013 7.0° 4. 8.0° 7.5 4.0% 0.2% 6.5% 1.0%
2014 7.0° . 4. 9.0° . 8.5 5.0% 0.3% 6.5% 1.0°
2015 7.0° 3%Lnallyears 4.0 10.0° 30%inallyears 6.0% 0.3% 6.5% 1.0°
2016 7.0° 4.0 11.0° 11.5% 7.0% 0.3% 6.5% 1.0°
2017 7.0° 4.0 12.0° 13.0% 8.0% 0.3% 6.5% 1.0°
2018 7.0° 4.0 13.0° 14.5% 9.0% 0.3% 6.5% ~
2019 7.0° 4.0 14.0° 16.0% 10.0% 0.3% 6.5% 1.03’
2020 7.0% 4.0 15.0° 16.0% 11.0% 0.3% 6.5% 1.0%
2021 7.0°! 4.0 16.0° 16.0% 12.0% 0.3% 6.5% 1.03’
2022 7.0°! 4.0 17.03’ 16.0% 13.0% 0.3% 6.5% 1.03’

Use Generator
Information System (GIS)

Yes Yes Yes Yes Yes Yesrenewable energy
certificates?
Renewable energy
certificates outside ISO New York only until 2010 WI deliverability wI deliverability WI deliverability
New England
Notes: I —

Synapse Energy Economics — AESC 2007
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Append~x D — Usage Guide for Avoided Energy
Supply Costs

A~ General

The avoided electricity su~p1y cost workbook consists of a worksheet for common inputs
and individual worksheets with avoided supply costs for the following geographic areas:

Maine .,

• Vermont

N~’ Hampshire . . ..

• Connecticut (Statewide)

a Massachusetts (Statewide)

a Rhode Island

.SEMA (Southeast Massachusetts) .

a WCMA (West-Central Massachusetts).

• NEMA (Noitheast Massachusetts)

• Rest of Massachusetts (Massachusetts excluding NEMA)

NorwalklStarnford . . . . . .

• Southwest Connecticut, including Norwalk/Stamford

• Southwest Connecticut, excludi~gNorwalkJStamford

• Rest of Connecticut (Connecticut excluding all of Southwest Connecticut)

Notifications . . .

All present values and levelized costs in the exhibits and Avoided Cost workbook were
computed using a real discount rate of 2.22%. Present values are discounted to 2007.
Inflation rates of 2.9% for 2005—2006 and 2.5% for 2006—2007 were tised to compare
historical prices to these forecasts. .

The avoided energy costs ai~e computed for the aggregate load shape in each zone by
costing period, and aie applicable to DSM programs reducing load roughly in proportion
to existing load Other resources, such as load management and distributed generation,
may have very different load shapes and significantly different avoided energy costs
Baseload resources, such as combined-heat-and-power (CHP) sy~terns, would tend to

Synapse Energy Economics — AESC 2007 . D-1
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have lower avoided costs per kWh. Peaking resources, such as most non-CHP distributed
generation and load management, would tend to have higher avoided costs per kWh.

B. Overview of Avoided Costs
Each worksheet for a geographic area contains the following data for estimating the
benefits of DSM.

• Avoided Energy Costs: Avoided energy costs are presented by year for four
energy costing periods — Winter Peak, Winter Off-Peak, Summer Peak, and
Summer Off-Peak, Avoided energy cost in each period is calculated as
(relevant avoided wholesale energy cost + cost of compliance with RPS) * (1
+ retail adder).

• Annual Market Capacity Value Avoided Cost: The avoided capacity cost is
presented for each year stating in 2010. Avoided capacity cost in each year is
calculated as (market value of capacity in the FCM assuming no new DSM
increased by the required reserve margin) *(l + retail adder) *(1 + line losses
to the ISO delivery points).

o DRIPE: DRIPE energy values are presented by year for the four energy
costing periods. DRIPE capacity values are presented for each year starting in
2010. It is recommended that these be included in analyses of DSM, unless
specifically excluded by state or local law or regulation. It would be useful in
any case to show the cost-benefit results with and without the DRIPE benefits.

• CO2 Environmental Externalities: CO2 externality values are presented by
year for the four energy costing periods. It is recommended that these be
included in analyses of DSM, unless specifically excluded by state or local
law or regulation. It would, however, be useful in any case to show the cost-
benefit results with and without the CO2 externalities included.

User-Specified Inputs

Program administrators are responsible for developing and applying losses from the ISO
delivery points to the end use for their specific system when applying the avoided energy
costs and avoided capacity costs.

Program Administrators have the ability to use different values for certain inputs if
appropriate for a particular application. Those inputs are the retail adder, capacity
factor, real discount rate, and zonal summer on-peak capacity factor. The default
values for these inputs are provided in the “Inputs” worksheet. The avoided cost
calculations in the worksheet for each zone use those default values via a link to the
Inputs worksheet. If a user wishes to specify a different value for any of those inputs, that
user-specified value should be entered directly in the relevant worksheet. This will
preserve the default values in the Inputs worksheet,

Synapse Energy Economics — AESC 2007 D-2

000387



Program administrators are responsible for developing and applying estimates of avoided
transmission and distribution costs for their specific system. A suggested approach to
developing those estimates is discussed below.

C Guide to Applying the Avoided Costs

The benefits ofDSM should be estimated from the appropriate avoided-cost exhibit as
the sum over the years of:

1 reduction an winter peak energy at the end use
x winter peak energy losses from the ISO delivery points to the end use136
x the Winter Peak Energy value for that year;

2. reduction in winter off-peak energy at the end use
• X winter off-peak energy losses from the ISQ delivery points to the end use

x the Winter Off-Peak Energy value for that year;

3. reduction in summer peak energy at the end use
• x summer peak energy losses from the ISO delivery points to the end use

x the Summer Peak Energy value for that year; V

4~ V V reduction in summer off-peak energy at the end use V

x summer peak Voff~energy losses from th~ ISO delivery Points to the end use V V

x the Summer Off-Peak Energy value for that year; • V V

5~ V V reduction in capacity costs estimated either as V V V

a) reduction at the time of summer coincident peak at the end use
x summer peak-hour losses from the ISO delivery points to the ehd use

V x the Annual Market Capacity Value for that year; V V

or alternatively, V

b) reduction in summer peak energy at the end use
~ summer peak energy lo~ses froth ISO delivery to the end use

• x the On-Peak Summer Capacity Value for that year; V

6. If the avoided costs are to include DRIPE, the avoided costs should be increased as
follows

a) If the savings persist for at least 4 years (6 years for capacit~,), use the values
in the columns applicable to the efficiency program implementation year to

• calculate the sum of:

136 Each set of losses should be computed by the program administrator for its specific system.
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i. reduction in annual winter peak energy at the end use
x winter peak energy losses from ISO delivery to the end use137
x the present value line for DRIPE Winter Peak Energy;’38

ii. reduction in annual winter off-peak energy at the end use
x winter off-peak energy losses from ISO delivery to the end use
x the present value line for DRIPE Winter Off-Peak Energy;

iii. reduction in annual summer peak energy at the end use
x summer peak energy losses from ISO delivery to the end use
x the present value line for DRIPE Summer Peak Energy;

iv, reduction in annual summer off-peak energy at the end use
x summer off-peak energy losses from ISO delivery to the end use
x the present value line for DRIPE Summer Off-Peak Energy;

v. reduction at the time of summer coincident peak at the end use
x summer peak-hour losses from ISO delivery to the end use

x the present value line for DRIPE Annual Market Capacity Value.

b) If savings persist for shorter periods, or if inclusion of present values is
inconvenient in the benefit-cost model, DRIPE should be computed in the
same manner as the direct avoided costs, as the product of load reductions and
the annual DRIPE price

7, If the avoided costs are to include carbon externalities, the avoided costs should be
increased as follows:’39

a) reduction in winter peak energy at the end use
x winter peak energy losses from the ISO delivery points to the end use
x the CO2 Externality Winter Peak Energy value for that year,

b) reduction in winter off-peak energy at the end use
x winter off-peak energy losses from the ISO delivery points to the end use
x the CO2 Externality Winter OJj-Peak Energy value for that year,

~ The loss factors relevant throughout this list should be <power at ISO delivery) (power at the end use),

and will be between 1.00 and 1,20. For some utilities, losses are reported separately as percentage
losses (a) from ISO delivery to the distribution substation, and (b) from the substation to the customer;
the overall loss factor can be computed as [1 + (a)] x [1 +

138 The user can change the real discount rate input to match the discount rate used in its benefit-cost

model,
139 One could also make an adjustment for losses from the generator to the PTF, but that is likely more

precision than is warranted by the externality value itself~
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c) reduction in summer peak energy at the end use
x summer peak.energy losses from the ISO delivery points to the end use
x the CO2 Externality Summer Peak Energy value for that year,

d) reduction in summer off-peak energy at the end use
summer off-peak energy losses from the ISO delivery points to the end use

>< the CO2 Externality Summer Off-Peak Energy value for that year,

.8. If the avoided costs are to include avoided transmission and distribution costs on the
program administrator’s system, theavoided.costs should be.increased as follows:

a) Reduction in the peak demand used in estimating avoided transmission and
distribution costs at the end use
x capacity losses at those peak hours from ISO delivery to the end use
x the utility-specific estimate of avoided T&D costs in $/kW-year 140

D. Guide to Exhibit Structure and Terminology

Each of the avoided-cost exhibits has the same str~icture. Reading from left to right, the
structure isas follows:

Avoided Costs

(a) Winter Peak Eneagy Avoided Cost ($!kWh) 141

The 16-hour block 6am —~ 10pm (the hours ~nded 700 through 2200), Monday — Friday
(except ISO holidays), in the months of January — May and October— December.
Avoided energy cost in’ each period is calculated as (relevant avoided wholesale energy
cost + cost of compliance with RPS). * (1 + retail adder).

(‘b,) Winter Off-Peak Eherg~’ ‘Avoided Cost ($/kWh)

All other hours — 10pm - 6am’~the hoürsended 2300 through 600), Monday — Friday, all
day on Saturday and Sunday, and ISO holidays — in the months of January•— May and
October — December. Avoided energy cost in each period is calculated as (relevant
avoided wholesale energy cost + cost of compliance with RPS) * (1 + retail adder).

(‘c,) Summer Peak Energy Avoided.Cost ($!kWh)

The 16-hour block 6am — 10pm (the hours ended 700 through 2200), Monday. — Friday
(except ISO holidays), in the months of June — September. Avoided energy cost in each

140 Most demand-response and load-management programs will not avoid transmission and distribution.

costs, since they are as likely to shift local, loads to new peak hours as to reduce local peaks,
I’ll ISO holidays are New Year’s Day, Memorial Day, July 4, Labor Day, Thanksgiving, and Christmas.
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period is calculated as (relevant avoided wholesale energy cost + cost of compliance with
RPS) * (1 + retail adder).

(‘d) Summer Off-Peak Energy Avoided Cost ($/kWh)

All other hours — 10pm — 6am (the hours ended 2300 through 600), Monday — Friday, all
day on Saturday and Sunday, and ISO holidays in the months of June — September.
Avoided energy cost in each period is calculated as (relevant avoided wholesale energy
cost + cost of compliance with RPS) * (1 + retail adder).

(e) Annual Market Capacity Value Avoided Cost (S/kW-yr)

Annual Market Capacity Value Avoided Cost is calculated as the market-clearing price in
the forward capacity market, estimated at the estimated cost of new entry, increased by
the required reserve margin to represent costs per kilowatt of load, These values also
include line losses to the ISO delivery points. The annual capacity requirement for load
is determined by the load’s contribution to the system coincident peak, which occurs on a
summer weekday, usually in the months of July and August, in the hours ending 1500—
1700.142

ii. Demand-Reduction-Induced Price Effects (DRIPE)

The next two sections of each exhibit provide the estimates of DRIPE developed in this
project. The first section applies to measures implemented in 2008, the second to
measures implemented in 2009. Each energy period and capacity has annual entries for a
few years, as well as a present value at the bottom of the exhibit. As discussed below,
most applications of these avoided cost components can use the present values directly,
without using the annual values. The annual values may be more convenient for use in
some economic-evaluation models,

Some interpretations of the societal test and the total resource cost test will include
DRIPE while others will exclude DRIPE. That choice is left to the program
administrators and/or their regulators.

iii. CO2 Externality

This section provides estimates of CO2 externality values developed in this project. Each
energy period has annual entries.

iv. Forward Capacity Market (FCM) Revenue

To the right of the CO2 externality values, each avoided-cost worksheet provides
estimates of the FCM revenues that the program administrator could receive by bidding
DSM programs into the forward capacity market auction. These are not avoided costs and
should not be included in any calculation of avoided costs. Instead these estimates are

142 In the last ten years, the coincident peak has occurred outside these hours only twice, at hour ending

1300 in late June and at hour ending 1400 in July.
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simply provided as a cOnvenience to pi~ogram administrators who may need to provide an
estimate to their regulator.

Most DSM programs are likely to participate inthe FCM as either On-Peak Demand
Resources (a category designed for hon-weather-sensitive savings) or Seasonal Peak
Demand Resources (designed for weather-sensitive savings).These revenues would be
offsets to’programcosts for budgeting purposes. These revenues would not be TRC
benefits for New England customers. as a whole, since customers will be paying the FCM
charges, as well as getting the benefits ofthe FCMrevenues offs~tting DSM costs.

Load RedUctiOn Value in Capacity Terms

Program, administrators should multiply the unit FCM revenue vaiues ($/kW) from the
workbook by~the appropriate load reduction in June, July, August, December, and
January The applicable time periods for each category of resource in those 5 months are

On-Peak Demand Resources - average load reduction during non-holiday
weekday hours of

• 1PM to 5 PM (hours ending 1400 to 1700) in June, July andAugust

• 5 PM to 7 PM (houts endiug 1800 and 1900) in Dccembcr and January

• , • Seaso~ial PeakDemand Resources — the average load reduction during non-
holiday weekday horns during which real-time system hourly load exceeds
90% of the most recent “50/50” System Peak Load Foiecast foi the season 143

(The unit FCM revenue values in the workbook reflect the FCM revenue values that the
resource will receive in the remaining months of February, March, April, May,

• September, October, and November~, • ‘ ‘

(g) Load Reduction Value in Energy Terms

As an alternative ‘to the recommended ‘method described above, program administrators
• may wish to calculate the FCM benefits in $/kWh terms.’ The column to the right of the

FCM Revenues section in each zonal spreadsheet therefore includes the capacity avoided
costs in $/kWh, computed froni the 2006 summer on-peak load factor for each zone:i44

(summer on-peak energy — summer on-peak hours) — load at the system peak

This value is most likely to be useful for comparing avoided capacity costs to avoided
energy costs. If it is used for screening, this value should be multiplied by the summer
on-peak savings. ‘• ‘ ‘ ‘

~ If no high-load hoursoccur in the month, the ISO will estimate the potential load reduction from’ prior

experience or engineering data. ‘

“~ Monthly on-peak energy for the Connecticut sub-zones was, not readily available from the ISO, so the

load factors for those sub zones were estimated as the Connecticut summer on peak load factor times
the ratio of the sub-zone all-hours summer load factor to the Connecticut all-hours summer load factor.
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v. Input Values

To the right of the FCM values discussed above, each zonal worksheet contains the
wholesale market prices and renewable-energy-credit prices applicable to that zone.
These values do not reflect the addition of losses and retail adders. Users should not
normally need to use these input values directly, or to modify these values.

E. Levelization

Along the bottom of the tables in each zonal worksheet, there are real-levelized costs for
each of the direct avoided costs. These values are calculated for various periods, using a
2.2% real discount rate and the 2.5% inflation rate assumed throughout this project. For
DRIPE, whose effects are experienced over only a few years, the spreadsheet includes the
present value of the energy effect per annual MWh and the capacity effect per kilowatt of
load reduction, for the convenience of the program administrators. Inclusion of DRIPE
would add roughly one to three years to the avoided-cost benefits.

F. Utility-Specific Costs to be Added/Considered by Program
Administrators

i. Losses from the ISO Delivery Point to the End Use

The avoided energy and capacity costs, and the estimates of DRIPE, include energy and
capacity losses on the ISO-administered pool transmission facilities (PTF), from the
generator to the delivery points at which the PFT system connects to local non-PTF
transmission or to distribution substations. The exhibits DO NOT include the following
losses:

• over the non-PTF transmission substations and lines to distribution
substations;

• in the distribution substations,

• from the distribution substations to the line transformers on the primary
feeders and laterals,’45

• from the line transformers over the secondary lines and services to the
customer meter,146

• from the customer meter to the end use.

~ In some cases, this may involve multiple stages of transformers and distribution, as (for example) power

is transformed from 115kV transmission to 34kV primary distribution and then to 14 kV primary
distribution and then to 4 kV primary distribution, to which the line transformer is connected.

~46 Some customers receive their power from the utility at primary voltage. Since virtually all electricity is

used at secondary voltages, these customers generally have line transformers on the customer side of
the meter and secondaiy distribution within the customer facility.
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The exhibit below provides a simplified illustration of the many types of losses on
transmission and distribution systems.

Exhibit D-1. Delivery System Structure and Losses
~ V~’

SO Primary-to
Sm-op ~ Delivery . ~l~t!i. 1 ~. Secondary

Generator ~ fiL. ~ Point S t ~ Transformer~

© V~

V iso a Utility-ad S e e Primary
• P r $ trans~misp on or lines

V VV~ sub~trans~ s~ V

V V •l~.
Transmission Distribution

LoLe U e n V V Lp~ estobeadded by.
AE a ol ~ ~e •~ s V p~ro a : administrator

In most cases, DSM program administratOrs measure demand savings fromDSM V

programs at the end use. The program administrator should estimate the losses from
deliverypoints to the end uses~ If the energy delivered to the utility at the PTF is a, losses
are Vb, and the delivered power is c, V V V V V V V V V

•V losses as a fraction of deliveries to the utility are b ± a, V

V V losses as a fraction of deliveries to customers are b + c.

Hence, each kilowatt or kilowatt~hour saved at the end use saves 1 + b/a. The program V

administrator should estimate that ratio and multiply the end-use savings or benefits by
that loss ratio, Loss ratios will be generally higher for higher-load periods than lower-
load periods, since losses in wires (both within transformers and in lines) vary with the
square of the load, for a given voltage and conductor type. V

If the change in load does not change the capacity of the transmission and distribution
system, the losses should be computed as marginal losses, which are roughly twice the

V percentage as average line losses for the same load leyeL’47 Energy savings and/or
growth do not generally result in changing the wire sizes. Hence, for energy avoided V

costs, losses are estimated on a marginal basis, so a, b, and c above are increments or
derivatives, rather than total load values. V V V V V• V

If the change in load results in a proportional change in transmission and distribution
capacity, losses should be computed as the average losses for that load level. If the
program administrator treats all load-carrying parts of the transmiss:ion and distribution as

‘~ In this sense, “line losses” does not include the no-load losses that result from eddy currents in the cores

of transformers. These are often called “iron” losses (since transformer cores were historically made of
iron), in contrast to the load-related “copper” losses of the lines and transformer windings.
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avoidable and varying with peak load, then only average losses should be applied to
avoided capacity costs.

ii. Avoided Transmission and Distribution Costs

The avoided costs developed in this project do not include any avoided transmission and
distribution (T&D) costs. Each program administrator should add avoided T&D costs, in
$/kW of reduced summer and/or winter peak demand, as appropriate for the specific
service territories.148 In southern New England, the vast majority of distribution
equipment peaks in the summer, so allocating all avoided T&D costs to the summer
would be reasonable. In northern New England, especially where areas have significant
electric heating load, much of the T&D costs will be driven by winter peaks.

The following is a description of a process that could be used to estimate the percent of
transmission and distribution capital expenditures that are avoidable.

The standard approach to estimating marginal or avoidable T&D cost is to estimate the
following for some period of time (typically a decade):

avoidable capital investment
+ related 0& M and overheads

load growth 149

~Historica1 analyses generally use load and plant-additions data from the FERC Form I
:Jiled annually by each investor-owned utility. For comparability, the additions in each
year must be restated to current dollars, such as with the Handy-Whitman indices for the
various accounts.150

Some utilities have estimated marginal or avoidable T&D investments from projections
of investments over the next five or ten years. If those projections are comprehensive,
they can be used in much the same manner as the historical data.’5’

Some T&D additions are required regardless of load growth, while other ~xpenditures are
required just to replace retirements of existing plant. The T&D cost data should be
adjusted to remove (1) replacements of retired plant and (2) customer-related distribution
costs.’52

~ Avoided transmission costs and avoided distribution costs are usually calculated separately, but may be

combined in the evaluation of efficiency measures.
149 This Task did not include estimation of avoidable T&D O&M expenses. These are generally estimated

in $/kW-year terms, or as a percentage of plant in service, for the O&M accounts for load-related
equipment.

150 Ideally, the analysis would recognize that some load is served by the utility at transmission or primary-

distribution voltages, and that those customers provide transformers and internal secondary distribution,
which is also an avoidable cost,

~ The system load data may require adjustments for customers served at transmission voltage, migration

of wholesale customers to wheeling service, and changes in geographical service territomy.
152 The categories used in T&D budgeting do not always fit cleanly into categories useful for determining

avoidable costs. For example, a “reliability project” may consist of replacing aging cable that has been
causing outages (a replacement), addition of protective systems that were omitted when the substation
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iii. Replacements

Since the actual teplacement is likely to have greater capacity than the original
installation (to accommodate the load growth that has occurred the preceding years), the
cost of replacement equipment will tend to overstate the portion of investment costs
attributable to unavoidable retirements In the estimate of the replacement cost (the
original cost inflated to current dollars), the mci emental cost of any equipment upgrades
is correctly treated as a load-related cost 153

The inflated retirement cost should be based on the average age, not the useful life, of the
plant If all plant survived to the end of its useful life, 30 to 40 years for T&D, the
replacement-to-original cost ratio would be laige, and the net load-related additions (net
of retirements) would be small. But, the average age ofretired plant is much lower than
the useful life i54 Retirements in any year reflect a mixture of vintages and most of the
equipment in the system is relatively new Fuither, the younger equipment is a higher
percentage of the dollars retired than it is of the number of items retired, since the
younger installations were built in inflateddollars,

iv. Customer-Related Distribution Costs

Some investments, such as meters are reauired primarily to serve new customers,
regardless of demand levels A portion of distribution poles, lines and line transformers
are also necessary to reach new customers, especially in iural areas

The T&D investments are rarely classified in a manner consistent with determining
whether they are avoidable through load reductions. For example, a reliability problem
may arise due to higher loads, and some of the invès~ment added to serve “new business”

• may be avoidable by reducing the 1oa~ of the new customer andits neighbors. As an
approximation, two adjustments can be made to the net distribution additions (net of
retirements):

Omit expenditures on meters, services, installations and leased property on
customer premises, and street lighting and signal systems, even though a
portion, of service costs are load-related (~specially whe~e service~ are being

• upgraded to carry higher amperage).

or feeder was originally built (a deferred cost of earlier growth), or looping feeders to reduce outage
rates (which may be driven by risingloads ~n the feeders or by changing attitudes towards outages).
The first example is not avoidable, the second example is a measure of future upgrades that may be
nçeded for today’s load-related projects, and the third may be load related or not, depending on the
justification for improving reliability on this part of the disttibution system The identification of
avoidable investments in T&D planning documents requires thoughtful review, and the piocess will
vary among utilities, due to differences in the planning documents and system conditions

153 Some replacements may actually be load-related For example, some equipment may wear out

prematurely because of overloading, or retired prematurely in order to replace it with larger capacity
equipment

~ The depreciation study will be useful in determining the average age of retired plant
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• Reduce expenditures in all distribution accounts except substations by a
percentage determined to be customer-related.

The “minimum system” method is frequently used to estimate the portion of plant that is
not avoidable. It attempts to estimate the cost of the distribution system as if each unit of
equipment were the minimum-sized unit that would ever be used. The demand-related
portion of the investment is the increment over the cost of the minimum-sized equipment.
To maintain consistency in the computation of avoidable cost per kilowatt, the loads
served by that minimum-sized equipment should be removed along with the cost of that
equipment.

It is likely that multiplying the cost of the minimum-sized equipment times the number of
units overstates the customer-related distribution investment, since demand affects the
number of transformers and the feet of conductor and conduit, as well as the size of the
transformers and lines.

v. Avoidable Percent of T&D Capital

The percent of T&D capital expenditures that is avoidable would be the value estimated
from the adjustment above for replacements and customer-related plant, divided by the
gross expenditures. This percentage is not really needed once the adjusted investments
havebeen estimated. An avoidable percentage estimated from one data set (e.g.,
historical FERC data) should not be applied to a different data set (e.g., current utility
forecasts), unless the two data sets can be determined to be equally comprehensive.
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EXHIBIT E-1 Notes

Appendix E Avoided Electric Costs (Revised 8/31/07)
Pages E-1 through E-32 present avoided costS in Year 2007$. Pages E-33 through E-63 present avoided costS in Nominal$

General Notes

Losses
All costs include losses on the ISO-administered transmission system, to the PTF deliverynodes.
DSM savings at the meter should be Increased to include avoided losses from ISO delivery points to the meter, including losses on the distribution and any
transmission below the ISO [evel. :

All constant dollar avoided costs are in Year 2007 Dollars
All present values are in Year 2007 Dollars

Energy periods are:
Peak Monday through Friday 6am - 10pm, excluding ISO holidays
Off-peak All other hours
Summer June through September
Winter October through May

Capacity
Avoided capacity cost is per kW of load coincident with ISO NE annual peak
Avoided capacity cost includes only the ISO FCM market. Avoided transmission and distnbution costs should be added by the program administrator
Avoided capacity cost is also included in S/kWh of summer peak energy, fàrthe convenience of some program administrators.
Avoided capacity costs can be included in $/kW-yr or S/kwh, but not both~
FCM revenue is for the convenience of the program administrator, in estimating offsets to its :budget. This values should not be included as an avoided cost.
FCM revenue periods

Summer April through November
Winter December through March

-All Avoided Costs are in Year 2007 Dollars; Peak hours are: Monday through Friday 6am - 10pm; Off-Peak Hours are: All other hours.
o -Summer includes June through September Winter is all other months. E-1

Revised 8P~’ “17
Co



Constant Dollar Worksheet Inputs
EXHIBIT E-i Inputs - Cs

Note: This version has inputs for FCM phase-in in PY 201 0-11 through 2012-13, assuming that the
PCM price may be depressed in the first couple years due to demand-reduction bids. The phase-in
is reflected directly in the capacity revenue column. The avoided capacity cost uses the average
between 100% and the phased-in price.

Retail Adder 10%lexcept for Vermont, PSNH
Real Discount Rate 2.22~J

Capacity Losses to ISO delivery 3.4%I

Summer Peak GWh
Sep-06
Aug-06

Jul-06
Jun-06

Total Summer

Please note: CT subzones estimated as (CT peak If) * (subzone summer It)/(CT summer If), summer Ifs from ISO SMDmonthly.xls

.2007
2008
2005
201 C
2011
2012
2013
2014
2015
2016
2017
2018
2019
2020
2021
2022

Winter
Peak

Enerov

Winter Off- Summer
Peak Peak

Enemy Energy

Summer
Off-Peak
Energy

0
0
0

CD
CD

-All Avoided Costs are in Year 2007 Dollars; Peak hours are: Monday through Friday 6am - 10pm; Off-Peak Hours are: All other hours.
-Summer includes June through September; Winter is all other months.

E-2

Revised 8131107

Development of Load Factors
VT NEMA SEMA

Peak 2Aug06 HE1400
Summer Peak Load Factor

CT ME NH RI WCMA MA non-NE MA
1,215 410 470 348 164 1,008 585 625
1,742 525 610 469 278 1,374 842 881
1,559 451 578 417 241 1,267 772 769
1,530 500 538 389 241 1,217 686 803

• 6,046 1,886 2,197 1623 924 4,867 2,885 3,078 10,830 5,963

7,367 2,022 2,452 1,960 1,036 5~582 3,712 3,760 13,054 7,472
60.3% 68.6% 65.9% 60.9% 65.6% 64.1% 57.2% 60.2% 61.0% 58.7%

tons/MWh 0.61 I 0.601 0.68 I 0.66
$lton extemality $lkWh externality

• 60.00 0.037 0.03 0.041 0.04
; 60.00 0.037 0.03 0.041 0.
~ 57.79 0.035 0.03 0.0 0.
~ 57.63 0.035 0.035 0.0 0.

57.47 0.035 0.034 0.0 0.
: 50.54 0.031 0.03 0.0 0.033
~ 48.44 0.030 0.02 0.0 3 0.

46.34 0.028 0.02 0.0 0.
~ 44.24 0.027 0.027 (10 0.

42.14 0.026 0.02 0.0 0.
~ 40.04 0.024 0.024 0.027 0.

37.94 0.023 0.023 0.02 0.
35.84 0.022 0.022 0.024 0.
33.73 0.021 0.020 0.0 0.0
32.68 0.020 0.020 0.0 0.022
31.63 0.019 0.019 0.0 0.021



EXHIBIT B-I CT-CS

AESC Constant Dollar Avoided Cost Results by Screening Zone

Formatted for input to DSM sereening models

ELECTRIC AVOIDED COSTS

$lkWh $lkWh SIkWn $tkWh 51kW-yr $IkWh SlkWtt $lkWtt SlkWh 51kW-yr

0.099 066 129.6 —

0:066 - 129.6

2.074 0,117 _C

ReiailMder 10%
Real Discount Rate 2.2%

CopOcity Losses Generation to ISO DelIvery 3.4%
Zonal On-Peak Surrener load Factor 60%

2626

0,110 0,079 0.125_
0.078
0.076
0.000

129.6

0.127 0.091 0,145
0,129 0.093 0.147 -

I,.evelized -

(2000-2040) 0.105 0.076 0.116 0.075 114.9. 0.006 0.005 0.012 0.006 13.4 0.006 : 0.004 0.012 0.006 10.3
(2099-2046) 0j05 0.076 0,116 0.075 120.0 0.005 0.004 0.011 0,005 14.0 0.006 0.005 0.012 0.006- 10,7
5 years (2008.12) 0,102 0.076 0.105 0.073 56.8 .0.028 0.023 0.058 0.030 59.0 0.028 0.022 0.057 0.029 26.0
loyears(2008—17) 0.096 0.072 0.103 0,070 91.2 0.015 0.012 0.031 0.016 35.1 . 0.015 0.b12 0.030 0.015 26.9
I5years(2008_22) 0.098 0.071 0.105 0.070 102.6 0.010 0.006 -0.022 0.011 24.6 0.010 0,009 0.021 0.011 18.9
PVto2008 0,135 0.109 0.279 0.141 318.3 0,132 0,106 0.273 0.138 243.9
PVte2005 . 0.135 0.109 0,279 0.141 249.3

Notes:
1) Capacity prIce converted to $lk’Mt at 300al on-peak summer load fOctar. .

2) Projected Onviroornenlul cools represent cools that are not yel internalized. Sostainabilily Target= Allowance Price (internalized value) + Envirorrmental CosI

A11 Avoided Costs are in Year 2007 Dollars; Peak hoots are: Monday through FrIday 6am - 10pm; Off-Peak Hours are: All other hours. E—3
-Somnrerirrclodes Jooe through September; Wioteris all other months.

Reviser’ ‘7

NOTE:- AS Avoided Costs are in Year 2007 Dollars; Peak hours are: Moisday through Friday Sam -10pm; Off-Peak Hours are: All ether horns
Summer for energy values includes June through September; Winter is all other months .

All Cools include Itisses on the ISO-adminihteled Transmission System. DSM saologs shoold include distribution and local transmission losses

Units:

Period:
2007
2008
2009

. . . Wholesale Power Price, Constant Dollars

(‘onneolicu’ . .‘ DRIPE fortnslallatic~ in 2005 . . DRIPE for trrstallations In 2009

~ Winter Winter Off- Summer Summer : Annual Winter (Minter Off- Summer Summer Annual Winter Winter Off- Summer Summer Annual
Peak . Peak Peak Off-Peak Market Peak Peak -I°eak Off-Peak Market Peak. Peak Peak Off-Peak Market

Energy Energy Energy Energy Energy Energy . Energy Energy ~ Energy Energy . Energy Energy

2010
2011

3.104 .0.076 -

0.051 -

0.073 -

0.071 60.5
0.069 109.1
0.070 1211
0.065 129.6

0.104 I
0.101 .

0.097 I
0.098 I
0.093
0.094 . I
0.092 I
1.093 .1
0.097
0:095
0,094
0,096.
0.096 I

I. . 0,037

$lkWb SlkWh SlkWb $IkWh . 51kW-yr

40

0.076 120.6
129.6
129.6
129.6
129.6
129.60.052

0
0
0

0
0



EXHIBIT tc- CT-CS

AESC Constant Dollar Avoided Cost Results by Screening Zone
NOTE All Avoided Costs are in Year200T Dollars; Peak hours are: Monday through Ftiday tam - 10pm; 0ff-Peak Hours are: All other hours

Summer for energy values includes June through September; Winier is all other months
All Costs include losses on the ISO-adrolnislered Transmission System. DSM savings should include distribution and local transmission losses

Formatted for input to DSM screening models

FCM Revenue
Additional CO2 Costs (not an avoided cost;

below) do not Id to avoic’ costs) Avoided Costs befc’e Adders REC Costs

On-Peak Annual ICAPWinter Winter Off- Summer Summer Sumn’rer Winter Winier Winter Off- Summer Summer
Summer MarketPeak Peak Peak Off-Peak Juno, July, December, Capacity Peak Peak Peak Off-Peak All Energy

CapacityEnergy Energy Energy Energy August January Value1 Energy Energy Energy Energy Value

-All Avoided Costs are in Year 2007 Dollars; Peak hours are: Msnday thmugh Friday tam - 10pm; Off-Peak Hours are: All other houm. E—4
-Summer indades June thmugh September; Winter is all other months.

tvnolnsale I~ower Price. Constant Dollars

SIkWlr

FCM phose-in
2010-11 60%
201 1-12 60%
2012-13 100%
2013-14 100%

50cm-
month 51kW-yr ~lkWh 91kW-yr

1071

Units:

Period:
2007
2088
2009
2010
2011
2012
2013
2014
2015
2016
2017
2018
2019
2020
2021
2022
2023
2024
2025
2026
2027
2026
2029
2030
2031
2032
2033
2034
2030
2036
2037
2030
2039
2040

Levelized
(2000-2040)
(2069-2040)
5 years (2008-12)
10 years (2008-17)
15 years (2008-22)
PVI02008
PVto2009

SlkWh $tkWh $lkWh $lkWtr SllcWh $lkWh $tkWh 91kWh

:~;~:: 0-041 0.040 _________ _________ _________ 0.089 0.064 0.093 ‘-~~T’
0.036 0.041 0,040 9.3 7.0 ________ 0.090 0.073 0.004 -

0-035 0.039 0.038 10.4 78 _________ 0.082 0.070 0.085 0.094 -

0.035 0.039 0.038 132 102 0.074 0.090 0.066 0.092 0.062 -

0.034 0.039 0,038 17.9 13.4 0.133 0.066 0.062 0.081 0.060
0~030 0.034 0.033 23.1 17.4 0.140 0.087 0.064 0.095 0.061 -

0.029 0-033 0,032 262 19.6 0.158 0.083 0.059 0.090 0.050
0-028 0032 0.031 262 18.6 0158 0.084 0.059 0.089 0.059 -

0.027 0.035 0.029 26.2 19.6 0.158 0.082 0.059 0.090 0.058
0.025 0.029 0.028 26.2 19.6 0,158 0.084 0.061 0.092 0.060
0.024 0.027 0.026 26,2 19.6 0.158 0.087 0.063 0.095 0.062 -

0-023 11026 0.025 292 19.6 0.158 0.086 0,063 0.094 9.063
0.022 0.024 0.024 26.2 19.6 0.158 0.085 0.062 0.095 0.061
0.020 11023 0.022 262 19.6 0.158 0.087 0.064 0.098 0,063 -

0-020 5.022 0.022 26.2 192 0.158 0.067 0.064 0.100 0.063 -

0.019 0.022 0.021 26.2 19.6 0.158 0.091 0.065 0.103 0.065 -

0-019 0.022 0,021 262 19.6 0,158 0.092 0.066 0.104 0.066 -

0219 0,022 0.021 262 19.6 0,158 0.093 0.067 0.106 0.067 -

0.019 0.022 0.021 26.2 19,6 0,158 0.095 0.068 0,107 0.068 -

0.019 0.022 0.021 262 192 ‘~W” 0,096 0.069 0.109 0.069 —

0.019 0.022 0.021 26.2 19,6 0158 0,097 0.870 0.111 0.070 —

0-019 9,022 0.021 26.2 19.6 0.158 0.099 0.071 0.112 0.071 114
0,019 0,022 0.021 28.2 19,6 0.108 0-100 0.072 0.114 0.072 114
0.019 0-022 0.021 262 192 0158 0102 0,073 0.115 0073 114
0,018 0.022 0.021 26.2 18,6 0.158 0103 0.074 0.117 0.074 114
0-019 0,022 0.021 262 19.6 0.158 0.505 0.075 0,118 0.075 114
0.018 11022 0.021 26.2 19.6 0.158 0.106 0.076 0.121 0.076 114
0,019 0.022 0.021 26.2 19.6 0,158 0.108 0.077 0,122 0.077 114
0,019 0,022 0.021 26.2 18.8 0158 0109 0.078 0.124 0.078 114
0.019 0.022 0.021 26.2 19.6 0.158 0.111 0.080 0.126 0.070 114
0-018 0.022 0.021 2112 19.6 0.158 0.113 0.081 0128 0.080 114
0.019 0.022 0.021 292 19.6 0.158 0114 0.082 0.130 0.081 114

________ ________ 0.022 0.021 26.2 19.6 0.158 0.116 0,083 0.131 0,083 114________ ________ 0.022 0.021 2112 19,9 0,158 0.117 0.084 0,133 0.084 114

0.024 0.024 0.027 0.026 23,9 17,9 0,137
0,024 0.023 0,026 0.025 24.5 18.4 0.140
0,035 0.034 0.039 0.037 14.7 11.0 0.015
0.031 0.031 0.035 0.034 201 18.1 0.006
0,028 0,028 0,031 0.030 21,9 16.4 0.111

Notes:
1) Capacity price converted to SlIrWo at znoal on’peakourraner load factor.
2) Projected eooimnmental costs repmsent costs that are not yet internalized. Sustainability Target = Allowance Price (internalized value) * Esvimooiercal Cuss

0.019 0.019
11019 0,018

0
0
0

0
-~
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EXHIBIT B-I ME-CS

AESC Constant Dollar Avoided Cost Results by Screening Zone
NO’TEt All Avoided Costs are in Year2007 Dollars; Peak hours are: Monday through Friday Sam -10pm; Off.I’enk Hours are: All other hours

Summer fur energy values includes June through SeptembeC Winter is all other months
All Costs include losses on the ISO-administered Transmission System. DSM sauings should include distribution and lodallxansmsission losses

Formatted for input to OSM screening models

0.058 0,081 0,057
0.059 0.093 0.058 120.6

::::::: 0.083. 0.080 - 0.087 0260

.0.070 120.6
0.071 129.6

0.077 1292

0.091 0.067 0097 0.065 114.9 0.004 0.003 0.006 0.003 10.4 0.005
0.091 0.067 0298 0.065 120.0 0.003 0.003 0.005 0.002 - 10.7 0.008
0.086 0.065 0.084 0.001 56.8 0.025 0.021 0.040 0.017 60.4 0.025
0.084 0.063 0.084 0.060 912. 0.012 0.010 0.020 0.008 34.2 0.013
0.084 0.062 0.086 0.060 102.6 0205 0.007 0.013 0.006 22.6 0.009

0.120 0.095 0.191 0.081 318.3 0.118
0.120

Retail Adder 10%
Real Discount Rate 2.2%

Capacity Losses: Generation to ISO Delivery . 3.4%
Zonal 00-Peak Summer Load Factor . 69%

0.004 0.008 0.003 10.3
0.004 0.000 0.003 10.7
0.020 0.039 0.017 26.8
0.011 0.021 0.009 26.9
0.008 0.014 0.006 18.9
0.097 0A87 0.080 243.9
0.099 0.101 0.081 249,3

Holes:
1) Capaclly price cuoverted to $lkVtb aizonal nn.peak summer load factor. . .

2) Projected envimonmeotal costs represent costs that are not yet internalized. Saotainabilily Target -Allowance Price (internalized value) + Eoeimnmental Cost

-All Avoided Costs are in Year 2007 Dolluru; Peak hours aac Mondoy through Friday Sum - 10pm; Otf.Peak I-tours are; Al other hoam. . E’5
-SummnrmncludesJanethrouglr Seplembec Winteris all oltrermontbs.

ci er’toie tiSifllflCfl COSTS
. . . Wholesale Power Price, Constant Dollars

Maine DRIPE fir tnstallatlo’ in 2000 DRIPE for tnstallatie—i in 2009

Annual Annual Annual
Winter WinlerOff- Summer SUmmer Winter Winter Off- Summer Summer Winter Winter OF- Summer SummerMarket . Market Market.
Peak Peak Peak Off-Peak Peak Peak Peak Off-Peak Peak Peak Peak Otf.PealrCapacity Energy Energy Energy Energy Capocity

Energy Energy Energy Energy value Value Energy Energy Energy Energy CapanittrValue

Units:

Period:
2007
2008
2009
2010
2011
2012
2013
2014
2015
2016
2087

$lkWh SIkWlr $IkWh $IkWh - $lk’W-yr SIOWIr SlkWh SIkWh

O 0.063 . -

F~ 0.096
O 0,063 . -

r 0.060 . 60.5
1 0.058 109.1

SlkWti

0.081 0.059

-122.1

0.024 0.010

.2018 .0.082

0.069

120.6

0.084 . 0.057.

0,030

SIkW-yr SIkWh $IkWb $llmWh. $IkWh . 81kW-yr

________ 0.0 0.111; 0.024 0.

140
90
40

_________ _________ 129.6_________ _________ 129.6

0.589 (LOGO 129,6
0.587 0,060 .129.6
0.091 0.060 129,6.
0.091 0.060 .. - 129.6
0.093 0.061 129.6
0.097 0.062- 29.6
0.098 0.062 129.6
0.100 0,063 129.6
0.101 0.061 129.6
0.102 0.058 129.6
0,104 0.066 129.6
0.105 0.067 129.6
0.007 0.068 129.6’
0.109 -0.099 - 129.6

2039
2028
2021
2022
2023
2024
2025
2026
2027
2020
2022
2030
2031
2032
2033
2034
2035
2036

- 2037
2038
2039
2040

0.085 - 0.062

_________ 1,062

1.560
0.061
0.063
0.064
0.065
0.066
0.067
0.088
0.089
0,070
0.071
0.072
0.073
0.074
0,075
0.076
0.077
0.078
0.079
0.080
0.081
0.083

0.083 -

0.084
0,085
0.087
0.008

- 0.090
.0.091
0.002
0.094
0295
0.090
0.098
0.099
0.101
0.102
0.104
0.105
0.107
0.108
0.110
.0.111
0.113

.0.072 129.8 -

Levelizeti
(2008-2040)
(2009-2840)
5 years (2000-12)
10 years (2088-17)
l5years (2005-22)
PVto2008
PV 102099

0
0
0
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EXHIBfl ~- ME-C$

Wholesale Power Price. Constant Dollars

FCM Revenue
Additional C02 Costs (not an avoided cost

(see note below) do not add to avoid I costs) Avoided Costs before Adders Rite Costs

On-Peak Annual ICAPWinter Winter Off- Summer Summer Summer: Winter: Winter Winter Ott- Summer Summer
Summer Market

Peak Peak Peak Ott-Peak All EnergyPeak Peak Peak Off-Peak June,Juty, December~ C~.aciry Capacity
Energy Energy Energy Energy August January Valuer Energy Energy Energy Energy vatse

$lkWtr $lkWti $IkWh $IkWOr ~ ~°r’~ $lkWt1 SlkWh $lkwtr. $!kWh S!kWh 51kW-yr ~lkWh 01kW-yr

Notes:
1) Capacity price converted to SlkV1k at canal on.peak surorrrer load factor.
2) Projected environmental casts represent costs that are not yet internalized. Saslainabilily Target = Allowance Price çnlemarrzed value) + Environmental Cost

AESC Constant Dollar Avoided Cost Results by Screening Zone
NOTEt Alt Avoided Costs are in Year 2007 Dollars; Peak hours arm Monday through Friday Barn - 10pm; Off-Peak Hours are: Alt other hours

Summerfor energy satues includes June through Septerobert Winter is alt other months
All Costs include losses on the ISO-adniinislererl Transmission System. DSM savings shnold include distu’boliun and local transmission losses

Formatted for input to DSM screening models

FCM phase-ia
2010-11 60%
2011-12 80%
2012-13 1011%
2013-14 100%

0.039 01138
0.039 01138
0.034 0.033
01133 0.032
0.032 0.031
0.030 01129
0.029 0.028
0.027 0.026
0.026 0.025

0.022 0.024

117

26.2

1911

0.020

0.1

01119

0.1

452

0.139
0.080
0.079

0.022 I

0082

0139

0.022

0.019

0.054

0.022

01185

0.022

0.088

0.139.

26.2 19.6

0.02 0.021

0.099

Units:

Period:
2007
2008
2009
2010
2011
2012
2013
2014
2015
2010
2017
2019
2019
2020
2021 ~vuu u.r.ua.z u.u~ £0.4 row u.isu 0.078 01157 — 0.055 114 0.000
2022 0.018 - 0.022 01121 20.2 19.6 0i39 0079 0.009 ________ 0.056 114 0.000

—~ 2023 0.019 0.019 0.022 0.021 26.2 18.9 ________ 0.080 0.059 0.089 0.057 114
2024 0.019 0.019 0.022 0.021 26.2 19.6 0.139 0.081 0.060 0.090 0.050 114
2025 0.010 0.019 0.022 0.021 26.2 19.0 0.139 0.083 0.061 0.092 0.058 114
2026 0.019 0.019 0.022 0.021 262 19.6 0.139 0.064 01161 0.093 0.059 114
2027 0.019 0.019 ________ 2.021 26.2 19.6 0.139 0.085 0,062 0.094 0.060 114
2020 0.019 0.019 ________ 0.021 262 19.6 0.139 0.088 0.003 0.096 0.061 114
2829 0.019 0.019 ________ 0.021 26.2 19.6 0.139 01158 0.064 0.087 0.062 114
2030 0.019 , ________ 0.021 26.2 19.6 0.139 0.089 01165 ________ 0.063 114
2031 0.019 0.019 0.022 0.021 262 19.6 ________ 0.090 0.066 0.150 0.064 114
2032 0.019 0.019 0.022 0.021 262 19.6 0.139 0.091 0.067 0.102 0,065 ________

2033 0.019 0.019 0022 0.021 26.2 19.6 0.139 0.093 .068 0.103 0.066 114
2034 0.019 0.019 0-022 0.021 ________ ________ 0.139 0.004 0.069 0.104 0.067 114
2035 0,019 0.019 0-022 0.021 26,2 19.6 0.139 0.095 0.071 ‘.106 0.067 114
2036 0.019 0.019 0.022 0.021 262 19.6 0,139 0-097 0.071 0,108 0.068 114
2837 0,019 0.019 ________ 26.2 19.6 0.139 0.098 0.072 0.109 ________ 114
2038 0.019 0.019 — 0.027 0.021 26.2 19.8 0,139 00 0.073 0,111 0.070 114
2039 0,019 0.019 0.022 0,021 _________ 19.6 0,139 0.101 0,074 0.112 0.071
2040 ________ “i’Ui~’’ 11022 0.021 _________ 19.6 0.139 0.103 0.075 0.114 0.073 -

Leverrzed
(2008-2040)
(2009.2040)
9 years (2000-12)
‘lOyears(2800-’t7)
15 years (2008-22)
PVOn2008
PVto 2009

-All Avoided Costs are in Year 2007 Dollars: Peak hours am: Monday thmngh Friday Sam - 10pm: 00-Peak Hour’s arm All other hours, E—6
-Summer includes June through September: Winter is all other months.

262
262

I C

114

0-023 01123 0026 0,025
0.023 0.022 01125 0.024
0,035 0.034 0.039 0.037
11031 11030 01134 0.033
01128 0.027 11031 0.030

0.1
0.069

24.5 18.4 0.121
24.9 18.7 0.123
148 11.1 0,013
20,5 15.4 0.075
22.4 16.8 0.098

114
114

0
0
0

C
(a)
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EXHIBIT B-I MA-CS

NOTE: All Avoided Costs ace in Year 2007 Dollars; Peak hours are: Mondayltrrough Friday Sam - 10pm; Off4’ealc Hours are: All other hours
Summer for energy values includes June thrOugh September Winter is all olher.months

All Costs include losses on the ISO-adortoislered Transmission System. DSM savings should include distrIbution and local transmission lnsses

0.065 .0.094

2021 0.094 11.068

2028

..evelrzeu
(2000-2040)
(2099—2040)
5 years (2000-12)
10 years (2000-17)
ISyears(2008-22)
PV 102009
POt In 2009

0,109 0.076 -

0.107 O~Ofl

0.065

0.116 0.073

129.6
129.6
129.6
129.6
129.6
129.6
129.6
129.6
129.6
129.9
129.6

~2~L 0,019 140

AESC Constant DoiJar Avoided Cost Results by Screening Zone

Formatted for Input to DSM scredning models

ELECTRIC AVOIDED COSTS
°“~‘‘Price, Constant Dollars

Units:

Period:

Relail Adder 10%
Real Discount Rate 2.2%

Capoctly Losses: Geoeraton to ISO DelIvery 3.4%
Znnal On-Peak Summer Lnad Factor . 61%

S/kWh 4/kWh S/kWh S/kwh

All ~Massach’~”1ts . DRIPE for lnslallalior.s In 2008 DRIPS fo~ tnstallaticu.e in 20n9

~ Annual Annual Annual
Winter Winter Off- Summer Summer Winter Winter Off- Summer Summer Winter Winter Off- Summer SummerMarket Market Market
Peak Peak Peak Off-Peak Peak Peak Peak Oft-Peak Peak . Peak Peak Off-PeakCapaulty Energy Energy Energy Energy Capacity Capanity

Energy Energy Energy Energy Value Value Energy Energy Energy Energy Value

5/kW-yr S/kWh S/kwh 5/kWh S/kWh

0.013
.0.037

P/kWh 91kW-yr

0.103 0Al74
0.104 . .0.075

2033
2034
2035
2836
2037
2838

5/kw-yr. S/kWh S/kWh $/wTh

- 0.016 0,013 0Al29
72 0046 0.037 0083
‘140 . 0:043 0.035 0.078
90 0.026 01121
40 . _________

0.109 0.078 0.123 . 0.078 129.6 -

0.110 0.079 0.124 0.070 129.6 ________ ________ ________ . . . ________ ________ ________

0.112 0,080 0j26 . 0280 . 12/kS . ________ ________ ________ ________ ________

0114 0261 . 0,128 0.081 . 129.6 ________ ________ . ________ ________ ________

ILIIS 0,083 . 0.130 0.082 . 7296 ________ . . ________ ________ ________ ________

0.117 0.084 0.132 0.883 129.6 .

0.119 . 0.085 0,134 . 0.085 .1292 _______ _______ _______ _______ _______ _______

0.120 0.086 0.036 0.086 129.6 ________ . . .

0.122 0288 0.138’ 0.007 129.6 ________ . . ________ ________ ________ ________ ________

0.124 . 0.089 . 0.140 .0.088 129.6 ________ ________ ________ ________ ________ ________ ________

.0.129 0,090 0.142 0.090 129.6 ________ ________ ________ ________ ________ ________ ________

11102 0.074 11111 0.073 114.9 0.005 0.004 0.010 - 0004 . ‘13.4 0.005 0,004 0.009 0.004 102
0.102 0.074 0.112 Q1173 120.0 0,005 0.004 0.009 0.004 14.0 0.005 01104 0.010 0.004 10.7
0.096 0.073 11098 0069 56:8 .0.026 . 0.021 0.048 0.019 59.0 0.026 .0.021 0.047 0.019 2611
11095 0.070 0.098 0.068 91.2 0.014 0.011 0.025 0210 35.1 0.014 0.011 0.025 0.010 29.9
0.094 0.069 : 0.100 0.868 102.6 0.010 0.008 0.018 0.007 24.6 0.010 0,008 0.017 0.007 18.9

0.127 0.102 0,229 0.093 318.3 11124 0.100 0.224 0.091 243.9
11.127 O.1ti2 0,229 0.093 249.3

Notes:
1) Capacity price 000verlnd to S/k/Mr atzonal on-peak summer mad titclur, . .

2) Prujected itnvlronineulnl costs repmsent cools that are out yet internalized. Sustainubilily Target” Allowance Price (internalized value) i Environmental Cost

-All Avoided Crete are to Year 2007 Dollars; Peak hours urn: Monday through Friday 6am - 10pm; Off-Peak I-lou/s are At other hours.
-Surraner includes June through Seplembe~ V/inter is all other months.

0
0
0

0

E-7
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EXHIBIT r~-~ MA-CS

Levelized
(2086-2840)
(2009-2040)
5 years (2000—12)
10 years (2000—17)
15 years (2008-22)
PVto 2088
PV to 2009

AESC Constant Dollar Avoided Cost Results by Screening Zone
NOTEs All Avoided Costs are in Year 2007 Dollars; Peak hours are: Monday through Friday 6am - 10pm; OW-Peak Flours are: All ether hours

Summer for energy values includes June through September; Winter is all other months
All Costs include losses on the ISO-administered Transmission System. DOM savings should ioclude disinbotion and local transmission losses

Formatted for input to OSM sorroening models

$IkWh $lkWli $lkWh S/kwh 51kw-

_______ month

0.019 —~

0024 0024 0027 0.026
0024 0023 0Al26 0.025
0.035 0M34 0.038 0.037
0031 0.031 0035 0.034
0028 0.028 0031 0.030

19.6 0.156

19.6
19.6

23.9 179 0.136
245 18.4 0.139
14.7 11.0 0.015
20.1 15.1 bOSS
21.9 16.4 0.110

FCM phase-is
2010-11 60%
2011-12 80%
2012-13 100%
2013-14 100%

-All Avoided Costs are to Year 2007 Dollars; Peak hours ore: Monday through Friday 6am - 10pm; Off-Peak Hours are: All ether hours. E—8
-Summer includes June through Seplember; Winter is all ether months.

Wh,.I~,I.,~ D,4.~

FCM Revenue
Additional C02 Costs (nut an avoided cook

(see nc’- below) do not odd to avoid I costs) Avoido~ Costs befe— Adders REC Costs

On-Peak Annual ICAPWinter Winter Off- Summer Summer Summer; Winter; Winter Winter Off- Summer Summer
Summer MactorIPeak Peak Peak Off-Peak June, July. December, Capec~ Peak Peak Peak Off-Peak All Energy

CapacityEnergy Energy Energy Energy August January Value~ Energy Energy Energy Energy Valne

Units:

Period:
2007
2098
2009
2019
2011
2012
2013
2014
2915
2818
2017
2818
2019
2020
2021
2022
2923
2024
2025
2026
2027
2028
2629
2030
2031
2832
2033

0.030
0-029

19.6

0155
0156

0030 0-020
0020 L028
0027 0-027 _________

0-026 0-025 ________

0024 0Jl24 0.027
0.023 0.023 0-026 —

0.022 0-022 0.02.
0.021 0.020 0.023
0.020 0.020 0.022
0.016 0.019 0.022
0.018 0.019 0.022
0.016 0.019 0.022
0.019 0.019 0.022
0.010 0.019 0-022
0.019 0.019 0.022
0.019 0.019 0-022
0.019 0.019 0.023
0.019 0.019 0-022
8.015
0.019
0.019
0.019
0.019

0003

231
262
26.2
26.2
20-2
26.2
262
262
262
26.2
26.2
26.2
20-2
262
26.2
262
26.2
26.2
262
262
26.2
26.2
262

0.150
0156
0.156
0.167
0.181

9 0.189
0.191
0107
0176
0165
0127
0092
0.049
0.000
0.000

0.004
0.088
0~008
0.080 _________

0.091 0-065
0-092 0.066

9/kw- 5/kWh 51kV/li S/kWh 9/kWh SlkWl, 51kW-yr ct/kWh 61kW-yr

_________ 0064 0-061 0.085 8.064_________ 11004 0.070 0.087 0-066_________ 0088 0.067 0087 0.062

0.073 0-087 0-063 11087 0259 67
0.131 11083 0.060 0066 0.058 114
0147 0.083 0.062 0298 0.060 1~
0.156 0.079 0.057 0284 11057 —i~
0.106 0.081 11057 0.084 0.058 114
0.166 0.080 11050 1088 0.057 114
0.158 0.052 0059 0.088 0.060 114

_______ 0.064 1061 0.091 0.060 114

11003 0.081 0.090 0061 114

_________ 0.092 0.060 114________ 0.004 0251 114________ 0.098 0.1162 114

0059 0263 114

________ 0101 0264 114________ 0.102 0265 114

0104 0266 114
0.105 0067 114
0.107 0.068 114
0.108 0.069 114
0.110 0.070 114
0.112 0.071 114

________ 0.113 0.072 114________ 0115 0.073 114

- 0.074 114

________ 0.075 114________ 0.076 114

0.077 114
0.878 114
0.879 114
0.090 114
0.081 114

0.095
11096 -

0298
1.089

19.5 0.156 0.100
19.6 0156 1102
10.6 0156 0103 0
10.8 0156 1105
10.6 0.158 1100
19.6 0156 0108

Nolem
1) Capacity price converted to 8/kIM, at zonal en-peak summer load Itiolor.
2) Projected environmental costs represent cosls that am notyctiotemalized. Suslainabilily Target= Allowance Price (intematzed value) + Enuironmenlal Cost

0

0
01
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EXHIBIT B-I NH-CS

AESC Constant Dollar Avoided Cost Results by Screening Zone

Wholesale Power Price, Constant Dollars

DRlPEfnrtnstallatio,’ in 2008 DRIPEP’instaltatio-vr in 2009

AnnOal AnnOal Annual
Winter Winner Off- Summer Summer Winter Winter Off- Summer Summer Winter Winter Off- Summer SummerMarket Market Market
Peak Peak Peak Off-Peak Peak Peak Peak Off-Peak Priak Peak Peak Off-Peak

Energy Energy Energy Energy Capacity Capacity CapacityEnergy Energy Energy EnergyValue Value Energy Energy Energy Energy Value

0.097 0.072 0.104 0.070 114.9 0.004 0.003
0.097 0.071 0105 0.070 -- 120,0 0.003 0,003
0.092 1075 0.090 0.006 56.8 0.024 0.021
0.090 0.067 0.091 0.064 91.2 0.012 0.011
0.090 0.067 0.593 5.065 102.6 0008 0.057

0.116 0.102

0.557 0.003 -10.4 5.005- 0.004 0.009 0004 10.3
0.058 0.003 10.7 0.005 0.004 0.009 0.004 10.7
0.043 0.019 60.4 5.024 0.021 0.042 0.019 26.8
0.022 0.010 34.2 0.013 0.011 0.022 0.510 26.9
0.514 0.006 22,8 0.009 5.008 0.016 0.007 18.9
5.208 0.093 318.3 0.114 0.099 0203 0.091 243.9

0.116 0.102 0208 0.093 249.3

Notes:
1) Capacity price converted to 5/krM atsonal on-peak summnrload factor. -

2) Projected environmental costs represent costs that are not yet internalized. Sustainabflity Target~A0owonce Price Qnlemnlized value) + Environmental Cost

-All Avoided Costs are in Year2007 Dollorn Peak hours are: Monday Through Friday Sam - 10pm; Oty-Peak Hours are: At other hours. E—9
-Sammnr includes June through September; Vitnteris all other months,

NOTEt All Avoided Costs are in Year200l Dollars; Peak hours are Monday through Friday Sam -10pm; Off-Peals Hours are: All other hours
Summerforerie~gyvalues includes June through September; Winter is all other months non-PSNH (reduce forPSNH)

All Costs ktcb.mde losses on the ISO-admirvistered Transmission System. DSM savings should loclude disbibulion dod localimnsmlssiufl losses Retal Adder 10%
Real Discount Rate 2.2%

Formatted for input to DSM screening models Copacily Losses: Generation to ISO Delbery 3.4%
Znnul On-Peak Surryner Load Footer 66%

COSTS

Units:

Period:
2007
2006
2009
2010
2011
2012

0034
1 0.030
5 0.018

2013
2014
2015
-2016
2017
2018
2019
-2020
2021
2022
t023

2024
2025
2026
2027
2828
2029
2030
2031 -

2032-
2033
2034
2038
2030

0.088 0.066
0,089 0.067
5.085 .0.062
0.089 0.063 -

0.086 0.063
1088 0.064
0.091 - 0.067
0,08; 0.066
0.008 0.064
0.081. 0.066 -

0.090 - 0.067 0_los
0.092 0.068 - .0,1 03
0.094 0.069 0.105
0.095 0.070 0.100
0.090 0.071 0.106
0.098 .0.072 ..- 0.110
0.099 - 0.073 0.111
0.100 0.074 - 0.113
0.102 0.075 0.114
0.103- 0.076 0.110
0.105 0.077 0.119
1106 0.078 0.119
0.106 0.080 0.121
0.110 - 0.081 0.123

--0.111 0.082 0.125
1113 - 0.083 0.126
0.114 0.084 0.128
0.116 0.086 - 0.130
0.118 0.087 0.132

4lkWti $IkWts $ItcWh SIkWti 91kW-yr SlkWb - $lkwtv SlkWh - $lkWh 91kW-yr - 91kWh - $lkWti $lkWh $ikWh- $IkW-yr

0.066 - 0.093 - 0.088 - _________ . -.

0.079 0.092 0.070 - 1015- s:014 0.028 0.014
0.072 0.090 0.067 - 0.042

- 0060 0.090 0.064 60.5 5.039
0.062 109.1 0.024

_________ 0.064 122.1_________ 0.061 129.6

- 0.002 129.6

_________ 0.082 129.6_________ 0.065 129.6 -________ 0.085 - 229.6_______ 0.065 129.6_______ 0.060 129.6________ 0.085 129.6_________ _________ 0.065 129.6_________ _________ 0.006 129.6_________ _________ 0;067 129.6________ ________ 0.068 129.6_________ _________ 0.066 129.6________ ________ 0.070 129.6________ ________ 0.071 129.0________ ________ 0.072 129.6_________ _________ 0.073 129.6________ ________ 0.074 - 129.6________ ________ 0.075 129.6_________ _________ 0.076 129.6________ ________ 0,078 1.29.6_________ _________ 0.079 129.6________ ________ 0.080 129.0._________ _________ 0.081 129.6

0.082 129.02031
2038
2039
2049 1119

L.evelized
(2008-2040)
(2009.2045)
5 years (2508-12)
10 years (2008—ti)
15 years (2009-22)
PV to 2808
PM 102889

0
0
0

0
03
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EXHIBI1 ~.. NH-CS

AESC Constant Doflar Avoided Cost Results by Screening Zone
NO1’E All Avoided Costs are in Year 2007 Dollars; Peak hours are: Monday through Friday 8am _lOpm; 0ff-Peak Hours are: All other hours

Summerforenergy values includes June through Septenrber Winter Is all other months
P71 Costs include losses on the ISO-adrtdnislered Transmission System. DSM savings should include disloibuliort md local transmission looses

Formatted for input to DSM screening models

$IkWh SIkWh $IkWh SIRW1,

0.037 0.036 0.041
0.037 0.036 5.041
0.035 0.035 0.039
0.035 0.035 0.039
0.035 0.034 0.039
0.031 0.030 0.534
0.030 0.029 0.033
0,026 0.028 0.032
0.027 0.027 0.030
0.026 0.025 0.029
0.024 0.024 0.027
0.023 0.023 0.0
0.022 0.022 0.0
0.021 0.020 0.0
0.020 0.020 0.0
0.019 0.019 0.0
0,019 0.019 s.C
0.019 0.019 0.0
0.019 0.019 0.0
0.019 0.019 s.c
0.019 0.019 0.0
0.019 0.019 0.0
0.019 0.019 0C
0.019 0.019 0.0
0.019 0.019 0.C
0.019 0.019 0,0
0.019 0.019 0,0
0.019 0.019 0.0
0.019 0.019 0.0
0.019 0.019 0.0
0.019 0.019 0.0
0.019
0,019
0.019

0.040
0.040
0.038
0.038
0.036
0.033
0.032
0.031
0.029
0,028
0.026
0.025
0-024
0.022
0.022
0.021
0.021
0.021
0.021
0.021
0.021
0.021
0.021
0.021
0.021

~ 0.021
~ 0,021
~ 0.021
~ 0.021
~ 0.021
~ 0.021
~ 0.021
~ 0.021
~ 0.021

0.023 0.023 0.026 0.525 24.5
0.023 0.022 0.025 0.024 24.9
0.035 0.034 0.039 0.037 14,8
0.031 0.030 0.034 0.033 20.5
0.028 0.027 0.031 0.030 22.4

0.144

64

0.144

18.4 0.126
18.7 0.128
11.1 0.014
15.4 0.078
le.8 0.102

FCM phase-is
2010-11 60%
2011-12 85%
2012-13 100%
2017.14 lsOtl.

.471 Avoided Costs are in Year2507 Dollars; Peak hours are: Monday through Friday 6am - 10pm; OfN°eak Hours are1 Mother hours. E—1 0
-Summer includes June through Septembe0 ‘Ainter is all other months.

Units:

Period:

Wholesale Power Price, Constant Dollars
FCM Revenue ~.,-.

Additional C02 Costs (not an avoided cosh
(see note below) do not add to avoid ‘ costs) Avoided Costs before Adders REC Cost

Winter winter Off- Summer Summer Summer: winter: On-Peak winter Winter Off- Summer Summer Annual ICAP
Peak Peak Peak Off-Peak Jane, July, December, Peak Peak Peak Off-Peak All Energy

Energy Energy Energy Energy August January Value1 Energy Energy Energy Energy

2007

91kW-
month

2508
2009
2018
2511
2092
2013
2014
2015
2016
2017
2018
2019
2820
2021
2022
2023
2024
2025
2026
2027
2028
2029
2030
2031
2032
2033
2034
2035
2036
2037
2038
2039
2040

Leveliced
(2008-2040)
(2009-2040)
5 years (2000-1 2)
10 years (2008—17)
15 years (2008-22)
PVto2000
PVIo2009

0.076
0.076
0.077
0.079
0.002
0.080
0.080
0.081
0.082
0.084
0.085
0.086
0.007
0.089
0.090
0-091
0.093
0.094
0.095
0.057
0.090

______ h $lkWh SlkWti $lkWh SlkWh SlkWh 91kW-yr ~lkWh 81kW-yr________ 0.081 0.060 0.001 0.063 ________ 0.000_________ 7.0 _________ 0.09! 0.068 0.584 0.064 _________ 0.000_________ 7.8 _________ 0.001 0.066 0.081 0.060 _________ 0.019

10.2 0.067 0.05 0.062 0.001 0.050 67’ 0.035
13.4 0.122 0.07! 0.059 0.080 0.056 114 0.063
17.4 0.136 0.00! 0.000 0.083 0.057 114 0.085
19.6 0.144 0.055 0.079 0.054 114 0.100
19,6 0.144 — 0.556 0.081 0.050 114 0.110
19,6 0.144 0,056 0.062 0.055 114
19.6 0.144 0.057 0.084 0.058 114
19.6 0.144 0.060 0.087 0.558 114
19.6 ________ 0.050 0.085 0.059 114
19.6 0.144 — 0.050 0.088 0.058 114
19.6 0,144 : 0,060 0.080 0.059 114
19.6 0-144 — 0.061 0.881 0,559 114
19.6 0.144 — 0.062 0.094 0.060 114
19.6 0.1- 0.003 0.095 0.061 114
19.6 0,144 — 0.064 0.097 0.082 114
19.6 0.144 — 0.065 0.098 ‘~i” 114
19.6 0.144 0.005 0.100 0,064 114
18.6 0.144 : 5,066 0,101 0.065 114
19.6 0.144 — 0.067 0.102 0.066 194

________ 19.6 0.144 0.066 0,104 0.007 114________ 18.6 0.144 : 0.065 0.105 0.068 114________ 19.6 - — 0.070 5.107 0.069 114________ t9.6 0.144 0.071 0.109 0.070 114________ 19.6 0.144 0.072 0,110 0.071 114_______ 19.6 0.144 9~9Z~._ 0.112 0.072 114_______ 19,6 0.144 - 0,101 5.074 0.113 0.073 114_______ 19.6 0.144 0.103 0.076 0.115 0.074 114

19.6 0.144 0.104 5.077 0.117 0,075 114
19.8 0.144 0.105 0.070 0-118 0.076 114
19.6 0.144 0.107 0.079 0.120 0.077 114
18.6 0.144 0.109 5.080 0.122 0,078 114

Notes:
1) Capacity price converted to S/kWh alzonal on-peñk summer lead tester.
2) Pmjecled envimnmenlal costs represent costs that are nut yet intemalized. Suslainability Target = Allowance Prive 5nlernalized value) * Environmental Cost

0.100

0
0
0

0
-4
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EXHIBIT E-1 RI-CS

2015
2016

• 2017

AESC Constant Dollar Avoided Cost Results by Screeninci Zone•
)dOThr All Avoided Costs are in Year2087 Dollars; Peak hOurs are: Monday through Friday 6dm -I 8pm; Off-Peak Hours arm All other hours

Summer for energy values includes June through Seplember Winter is all other months
All Costs include tosses on the ISO-administered Transmission System. DSM naviogs should include distribution and local transmission losses

Formatted for input to DSM screening models

ELECTRIC AVOIDED COSTS

6101 0.073 0109 0.072 1:14.9 0.005 0,004 0.008 0.004 13.4 0.005 0.004 0.008 0.004 10.3
0.101 0.073 0.110 0.072 120.0 0.005 0.004 0.007 0.003 14.0 0,005 0.004 0.000 0.004 10.7
0.096 0.072 0.090 0.097 56.8 0.025 0.020 0.040 0.018 58.0 0.024 0.020 0.040 0.015 26.8
6093 0.060 0.096 0,065 81,2 0.013 0.011 0.021 0.010 35.1 0.013 0.010 0:021 0.009 25.9
0.083 0.665 0.098 0.065 102,6 0.009 0,007 0,015 0.007 24.6 6009 0.007 0.015 0.007 18.9

0.116 0.095 0194 0.007 318.3 0.115 0.093 0.189 0.085 243.9
0.118 0.095 0194 0.087 245.3

Holes:
1) Capadiy price conoerted to 6/kWh at zonat on.peak summer load factor.
2) Projected environmental Costs represent costs that are notynt internalized. Suitaioabilily Target Allowance Price (iolemulized value) 5- End/ronmenlat Cost

Wholesale Power Price, Constant Dollars

RetaiAdder 10%
Real Discooot Rate 22%

Capacity Losses: Generation to ISO Delloery 3.4%
Zonal Os-Peak Surroner Load Factor 61%

_________ Rhode Island DRIPE f’: lnstallatio,’~ tn 2008 DRIPE for lnstatlatior~s in 2009

~ Annual Annual Annual
Winter WitrterOff- Summer Summer Winter WinterOff- Summer Summer Winter WlnterOff- Summer SummerMarket Market Market
Peak Peak Peak Off-Peak Peak Peak Peak Off-Peak Peak POuR Peak Off-Peak

Energy Energy Energy Energy Capacity Capacity ~,, Energy Energy Energy CapacItyValue Energy Energy Energy Energy Value Value

Units:

Period;
2007
2008
2009
2010
2011
2012
2013
2014

0.615

0Al87 0.064 0Al92

0.043
tt-t

01kV/h S/kWh $lkWh

0.092 6067 6093 0.070
0.105 0.077 0.096 0.072
0.096 0.074 0.097 0.067
0.095 0.071 0.087 0.065
0:092 0.067 0.095 0:063
6093 0.069 6095 0.065 1221

________ ________ ________ 0.063 129.6-

0064 0Z92 0.063 128.6
0.084 0.096 0.062 128.6
1k066 0.096 0.066 129.6
0M68 0.101 . 0.066 129.6
8.067 0.098 0.067 120.6
0.066 0101 0.087 1266
0.068 0,102 0.068. 129,6
0.060 0106 0.067 129.6

0.1
0.040
0.025

0.033

$IkWli 5/kW-yr S/kWh S/kWh S/kWh S/kWh 5/kW-yr 51kV/h 5/kWh SlkWh- - Sf kWh 61kW-yr

________ 0.024. SOlO_________ 0.070 . . 0.031

0.066 0.030

0090
0.089
0.000
0.093
0.092
0.092
0.092
0.093
0.098
0.099
0.100
0.102
0.103
0105
0.109
6100
0.109
0.111
0113
0.114.
0,1.16
.0,118
0.119.

0114 0.07-4
6010

2610
2018
2020
2021
2022
2023
2024
2025
2026
2027
2028
2029
2038
2831
2032.
2033
2034
2035
2036
2037
2038
2039
2040

L.evelized
(2006-2040)
(2009-2040)
5 years (2008-12)
10 years (2008-17)
15 years (2008-22)
PVto 2908
PV 902000

0.076
0.077 129.6

0128 0.083 1

0.089 _)
0.091

C
C

C
02

-All Avoided Costs are in Year 2007 Dollars; Peak hours ate: Monday through Friday 6am - 10pm; Off-Peak Hours ~ro: All otherhours. ‘ . E~1 1
-Summer includes Jooe thmugh September: WInter is all other months.

Revisel ‘:7



2048 0,016 0.018 0.022
I..evelized
(2000-2040) 0.024 0.024 0.027
(2009.3040) 0024 0.023 0.026
5 years (2008-12) 0.035 0,034 0.039
18 years (2008-17) 0.031 0.031 0.035
15 yeats (2000-22) 0.028 0.026 0.031
PVto2008
PVOo2009

0
0
0

0

-All Avoided Casio are in Year 2007 Dollars; Peak boors are: Monday thrnagh Friday 6am - 10pm; Off-Peak Hears are: All olicor bourn.
-Sammerinclades Jane through September; Winter is all other months. E-12

Revised 8131107

EXHIBI _. RI-Cs

AESC Constant Dollar Avoided Cost Results by Screening Zone
HOTEL All Avoided Costs are in Year2007 Dollars; Peak hours are: Monday through Friday 6am - 10pm; Off-Peak Hours are: Alt other hours

Summer for energy values includes June through September; Winter is alt other months
Alt Costs include losses no the ISO-adrrdnistered Transmission System, OSM savings should include distobutno and local lmaosmissino losses

Formatted for input to DSM screening models

Units:

Period:

FCM phase-in
2010-11 60%
2011-12 80%
2012-13 100%
2013-14 100%

,,c.occooo rower rice, r..onmont tears

FCM Revenue -
Additional C02 Costs (not an avoided nose

(see nc” below) du not odd to avole I costs) Avoided Costs before Adders REC Costs

On-Peek Annual ICAPWinter Winter Off- Summer Summer Summer: Winner Winter WittIer Off- Summer Summer
Summer MarketPeak Peak Peak Off-Peak June. July. December, Peak Peak Peak Off-Peak All Energy
CupunityEnergy Energy Energy Energy August January Value’ Energy Energy Energy Energy CapacSy

Value

51kW- 91kW-
month month

$IkWIt SIRWit $IkWh SlkWh

0.037 _________

0037 _________

%035 _________

0.035 _________

0.035 _________

0.031
0.030 _________

0.028
0.027 _________ _________

0.026 _________

0,024 _________ _________

0.223 _________ _________

0.022 _________ _________

0.021 _________

0.020 _________ _________

0.019 _________

0.019 _________

0.010 _________

0.019
0.019 ________

0.019 ________ ________

0,019

2007
2808
2009
2810
2011
2912
2013
2014
2015
2018
2017
2018
2019
2020
2021
2022
2023
2024
2020
2026
2027
2028
2029
2030
2031
2032
2033
2034
2035
2036
2037
2038

0.041
0.041
0,039
0.039
0.039.
0.034
0.033
0.032
0.030
0.029
0.027
0.226
0.024
0.023
0.022
0.022
0.022
0.022
0.022
0,022
0.022
0.022
0.022
0.022
0.022
0.022

51kW-yr ~l1kWh 51kW-yr

0.050
0,067
0.078
0.003
0,106
0.122
0.131
0,135
0,141
0.134
0.116
0.088

$lkWlr SlkWh $lkWh $ikWh SIkWli

0.003 0.061 0.084 0.063
0.095 0.069 0.087 0.065
0.087 0.060 0.008 0.060

0.073 0.008 0.064 0.087 0.050
0.132 0.082 0.060 0.085 0,056

0.083 0.06’ 0.085 0.058
0.078 0,057 0.062 0,056
0,001 0.057 0.083 0,056
0.070 0.057 0.006
0.081 0.050 0.007
0,084 0.061 0.090
0.083 0.090 1k088
0.083 0.060 0.091
0.083 0.062 0.093
0,004 0.063 0.006
0.089 0.063 0.098
0.090 0.064 0.009
0.091 0.065 0.101
0.093 0.065 0.102
0.094 0.066 0i04
0.095 0.067 0.105
0097 0.068 0i07
0.098 0.060 0.108
0,101 7070 0110
0.101 0.071 0.112
0.102 0.072
0.104 0.073 0.115
0.105 0.075 .0,117
0.107 1k076 0.118

114
114
114
114

0.038 13,5
17038 17.9
0.033 23_I
0.032 20.2
0.031 26.2
0.029 26,2
0.028 26.2
0.026 26.2
0.025 26.2
0.024 20,2
0.022 262
0,022 26.2
0.021 262
0.021 262
0.021 26.2
0.021 26.2
0.021 262
0.021 26.2
0.021 262
0,021 26.2
0,021 262
0.021 26,2
0.021 26.2
0,021 26.2
0.021 262
0.021 262
0,021 26,2
0.021 202
0.021 262
0.021 262
0.021 26,2

0,026 23,8
0.025 24.5
0.037 14,7
0,034 20,1
0.030 21.9

114
114

13.4
17.4
19,6
19.6
10.6
19.6
19,6
19.6
19.6
19.6
19.6
19,6
19.6
19.6
19.6
19.6
19,6
19.6
19.6
10,6
16.6
16.0
19.6
19.6
19.6
19.6
19.6
19.6
19.6
19.6

17,9 0,136
18,4 0,130
11,0 0,015
15,1 0.085
16,4 0.110

114

Notes;
1) Capacity price converted In SlirWo at canal oo’peak summer load Doter.
2) Projected eovimnmentnl Cools represent costs tent are not yet lotemalized. Snsloioabllhty Target PJlowonr.e Price ~olemalized value) c- Enviroooieotal Cost



EXHIBIT El VT-cs

AESC Constant Dollar Avoided Cost Results by Screening Zone
NOTE: All Avoided Costs are in Year 2007 Dollars; Peak hours are: Monday through Friday 6am- 10pm; 0ff-Peak Hours are Alt other hours

Sumrnerfor energy values includes June through September; Winter is all other months
All Costs include losses on the ISO-administered Transmission Systemic. OSM sasings should include disln’butlon and local transmission tosses

.tUItsIUP.vriu)CU
• Wholesale Power Price. Constant Dollars -

Verssront DRIPE for Installations in 2009 DRIPEf-’- Installatte-’, in 2009 -

Annual Annual Annual
Winner Winter Off- Summer Summer Winter Wider Off- Summer Summer Winter Winter Off- Summer SummerMarket Market Market
Peak Peak Peak Off-Peak Peak Peak Piak Off-Peak Peak Punk Peak Off-PeakCapacity Capacity

Energy Energy Energy Energy Valne Energy Energy Energy Energy Value Energy Energy Energy Energy Ca~sacrtt,.~ Value

$lkWh $lkWh SlkWh

0.856 0.071 0.097
0.106 0.080 0.099
0.100 0.077 0.100

0.1192
0.095 -

0,098
0.100
0.101
11,102

$IkWh $lkW-yr. S!kWh $IkWh $lkWh SlkWls 61kW-yr $lkWh SlkWh $lkWls StkWls

0.073

0.102 0.069 1

1.109 0071

130.9

0.076 1

2036

0.081 0.126 11.082 130.9
0.083 0.128 - 130.9
0.084 0.130 0.084 130.9

0.127 0.090 0.135 -

0.129 0.091 0.141
Levelized
(2888-2040) 0.104 0.076 0.111 0.074 118-1 0.004 0.003 0.006 0.002 10.4 0.005 0.004 8.009 0.003 10.3
(2009.2040) 0.104 0.075 0.112 0.074 121.2 0.003 0.003 0.006 0.002 10.7 0.005 0.004 8.008 0.003 10.7
S years (21108-12) 0.099 0.074 8.069 0.070 57.4 0.024 0.019 0.041 0.016 60.4 0.024 0.019 0.040 0.016 26.9
loyeurs(2008—17) 0.096 0.071 0.099 0.069 92.1 0.012 0.010 0.020 0.008 34.2 0.012 0.010 0.021 0.008 26.9
l5yeurs(2080—22) 0.096 0.070 0.101 0.069 103.7 0.008 0.006 0.014 0.005 22,8 0.009 0.007 0.015 0.006 10.9
PVto 2006 . . . 0.116 0.092 0.196 0.078 318.3 . 0.113 0.090 0,192 8-077 243.9
PVto2009 . .0,116 0.092 0,196 0.078 249.3

Notes:
1) Capacity price converted to S/kVVh atzonal on-peak sumnnier load factor.
2) Projected environmental cools represent costs that are not yet internalized. Sustaioabillty Target = Allowance Price (internalized value) -4- Envlronnrehtal Cost

Fonniatted for input to DSM screening models

Fr

P110 risk adder
Retail Adder 11%

Real Discount Rate . 2.2%
Capacity Losses: Generation to ISO Delivery 3.4%

Zocal On-Peak Suntroer Load Factor 65%

Units;

Penod:
2807
2088
2809
2810
2011

- 0.099 0.099
0.097
0.099 0,069 123.3

0.054 0,070
0.085 0,070
0,091 8-066
0.093 0,066

0.065
0,068
0.070
0.068
0.066
0.069
0,065
0.071
0.072
0.073
0,074
0,075
0.076
0.077
0.078

61kW-yr

40

0.110

0
0
0

0

-All Avoided Costs are in Ynar200l Dolbrs Peakhosrs ore: Monday through Friday 6am - 10pm; Ott-Peak Hours are: AD other hours. E—1 3
-Surtrrner includes June through September; Winter is all other months.
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EXHIEn ..- VT-CS

AESC Constant Dollar Avoided Cost Results by Screening Zone
NOTE: AU Avoided Costs are in Year 2007 Dollars; Peak hours are: Monday through Friday Sam-lnpnk 0ff-Peak Hours are: All other hours

Summerfor energy values includes June through Seplembe~ Winter is all other months
All Costs include losses on the ISO-adrrdnislered Transmission System. DSM savings should include disOrbulion and local lransmission lasses

Forrnatled for input to DSM screening models

0,019

0.019

0.026

0.022

0.022

0.023 0.023 0.026
0.023 0.022 0.025
0.035 0.034 0.039
0.031 0.030 0.034
0.026 0.027 0.031

0.021

0.025
0.024
0.037
0.033
0.030

19.6

0.147

24.5 18.4 0128
24.9 18-7 0.130
14.8 11.1 0.014
20.5 15.4 0.079
22.4 16.8 0.103

Nole6
1) Capacity price converledlo 5/k’Mr atzunal on-peak summer load factor
2) Projected environmental costs represent costs that are rrot yet internalized. Suslainability Target Allowance Price (internalized value) + Environmental Cost

FCM phase-in
2010-11 60%
2011-12 80%
2012-13 100%
2013-14 100%

Units:

Period:

SIkWh

,,,,0e~o,i0 raven r 0, c.Onsmm U,OIlurs

PCM Revenue ,. . - . -
Additional C02 Costs (not an avoided eosit -.

(see nate below) do not add to avoided costs) Avaided Costs befu e Adders REC Costs

On-Peak A ual ICAPWinter Winter Off- Summer Summer Summer Winter Winter Winier Off- Summer Summer
Peak Peak Peak Off-Peak June, July, December, ~m Peak Peak Peak Off-Peak Market All Energy

Energy Energy Energy Energy August Januaiy v~e1 Energy Energy Energy Energy V~ue

2007 0.037 —

2008 0.037 :

$lkWh SlkWh

0.036
0.036 _________ _________

0.035 _________ _________

0.035 _________ _________

0.034 _________ _________

0.030 _________ _________

0.029 _________ _________

0.028 ________ ________

0.027 ________ ________

0.026

9.3

SfkWh SIkWh $lkWh SikWh S1kWlr 91kW-yr ØiktNh 91kW-yr

0.032

0.060

0.136

0.035
0.035
0.035
0.031
0.030
0.020
0.027
8-026
0.024
0.023
0.022
0.021
8-020
0,019
0.019
8-019
0.019
0.019
0.019
0.019
0.019
0.019
0,019 C

0.025

0.058

40.5

0.147

14

0,147

0.089
0.0n7
0,006
0.067
0.086
0.086
0.087
0,089
0.091
0.090
0.091
0.094
0.097
0.090
0.100
0.101
0.103
0.104

114

19.6
0.067

0,069

0.072 C

2009 -- 0,030 0.038 10.4 7.0 ________ 0,086 ________ 0.062 ________ 0.140
2010 — — — 0.030 0.038 13.5 10.2 0.068 0.008 0.065 = 0.061 67 0.152
2011 — — — 0.039 0.038 17.9 13.4 0.123 0.083 0,051 ________ 114 0.159
2012 — — — 0.034 0.033 23.1 17.4 ________ 0.004 0.062 — — 0.060 114 0.172
2n13 — — — 0.033 _______ 262 18-6 0.147 0.000 0.057 — 0.058 1 0.180
2014 — — — — 0.032 0.031 26.2 19.6 0.147 0.002 .058 — 0.058 114 ~i~W’
2815 — — — 0.030 0.029 262 9.6 0,147 0.091 0.058 — — 11058 114 8-1.76
2016 — — — 0.029 0.028 26.2 19.6 0.147 0.002 0.060 — 0.061 114
2017 — — 0,024 0.027 0,026 26,2 19.6 _______ 0,080 0.002 — — 0,061 114 0.106
2018 — 0.023 _______ _______ 262 19.6 0.147 0.084 0.061 0.062 _______ 0.071
2019 — — 0.022 0,024 0.024 26.2 19,6 0,147 0.083 0.059 — 0.062 114 0.035
2020 — — 0.020 0.023 0.022 26.2 19.6 0.147 0.085 0.062 — 0,062 114 0.000
2021 — 0.020 0.022 0.022 262 19.6 0.147 0.088 0.062 — 0.062 114 0.000
3032 — — 0,019 0.022 0,021 262 19,6 _______ 0.090 0.063 — 0.084 114 0.200
2023 — — 0.019 0,022 _______ 262 19.6 0,147 0.091 0.004 — — 0.064 114
2024 — — 0.019 0.022 0.021 26.2 19.6 0.147 0,092 .065 — 0.060 114
2825 — — 11019 0.022 0.021 262 19.6 0.147 0.094 .006 — 0.066 114
2028 — — 0.022 0.021 262 19.6 11147 0.095 _______ 0.067 114
2527 - 0,019 0.022 0.021 262 _______ 0.147 0.006 0.060 0.10 0.068 114
2028 - — 0.019 ________ 0.021 262 15.6 0,147 0.090 0.060 ~ ________ 114
2029 - — 0.019 0,022 0.021 262 19,6 0,147 0.099 0.070 0.109 0,070 114
2030 - = 0.019 0.022 0.021 262 19.6 0.147 0.101 0.071 0,110 0.071 114
2031 ________ .019 0,022 0,021 262 19,5 0,147 0.102 ________ .112 0.072 114

- 2032 0.019 0.019 0.022 0.021 262 10.6 0.147 0.104 0073 0.113 11073 114
2033 0.019 0.019 ________ 0.021 26.2 19.6 0,147 0,105 0.074 0,119 0.0 114
2034 0,019 0,8-19 0.022 0.021 262 19.6 ________ 0.107 0.075 0.117 0.076 114
2035 01019 0,019 0.022 0.021 262 19.6 0.147 0.108 0.077 0.110 0.077 114
2036 ________ 0.019 0.022 0.021 262 19.6 0.147 0.110 0.078 0,120 0,078 114
2037 5.019 0.019 0,022 0.021 262 ________ 0147 0.111 0.079 0.122 0.079 114
2030 0.019 0,019 0.022 0.021 26.2 19.6 0.147 0.113 0.080 0.124 0.080 114
2039 0,019 0,010 0.022 0,021 202 19.6 0.147 0.081 0,125 0.081 114
2040 8-019 0.019 0.022 0.021 26.2 19.6 0.147 0.082 0,127 0.082 ~

Levelized
(2008-2040)
(2009.2040)
5 years (2008-12)
10 years (2008-17)
15 years (2000-22)
PV0~ 2008
PVio2009

~OIl Avoided Costs are in Year2007 Dollars; Peak hours are: Monday lhmugh Friday 6am - 10pm; 0ff-Peak Hours are: At other hours. E—1 4
-Summer includes June through Septemhe1. Vvinieriu all other months,

Revised 8131107
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0.114
0,116

0
0
0
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EXHIBIT B-I NEMA-CS

. Wholesale Power Price, Constant Dollars

Northeast Massachusetts DRIPE F-- lnsta1latio”~ in 2000 DRIPE for lnstallatic-’ in 2009

~ Annual Annual Annual
Winter Winter Off- Summer Summer Winter Winier Oft- Summer Summer Winter Winter Off- Summer SummerMarket Market Market
Peak Peak Peak Off-Peak Peak Peak Peak Off-Peak Peak Peak Peak Off-PeakCapacity Energy Energy Energy Energy CapacityEnergy Energy Energy Energy C~ParstY Energy Energy Energy Energy Value ValueValue

S!kWh ~1kWh SIkWb SlklNln 81kW-yr SlkWh S/kWh SIlsWh SlkWh 51kW-yr. S/kWh S/kwh S/kWh $IkWh 51kW-yr

0.094 0.069 0.096 0.072 . — _________ ... -

0.100 0.098 0.075 - 0.015 0.013 0.029 0.013 — - - . - - - -

.0.099 — 0.099 0.071 .-. 0.044 0.038 0084 0.037 - 0.015 0013 0,029 0,013 -

— 0.299 0.068. 60.5 0.041 0.035 0.078 . 0.034 72 0.044 0.030 .0384 0.037 -

0.094 0398 . -. 0.066 109.1 0.025 0.021- _________ _________ _________ _________

0.095 — 0.100 .0.070 122.1 _________ _________ _________ _________ 90 0,025 .0.021 0.048 .140
— 0.096 0.065 120.6 _________ _________ _________ . 40 _________ 90

0.002 — 0,096 0.065 1293- . . - 40
0.090 0.100 0,065 129.6 ________ . . .

0.093. 0.101 0.069 129.6 ________ ________ ________ ________ ________ ________

0.1195 .0.103 8.067 129.6 ________ . . ________.. . ________ .

0.093 . . . .

0.093 ________ ________ ________ ________ ________ ________ ________

0.094 _________ . . . . . . .

0,095 ______ ______ . . .

0.098 . . . _________ . _________ . . .

0.101 0,072 0.114 ... .

0.102 0.073 0.115 ________ . . . -. ________ ________ ________

0.104 0.074 0.117 _______ _______ _______ _______ _______ _______ _______

0.105 0.075 0.119 . . . . . . . . .

0.107 0.076 1.121 ________ - . . . . .

0.108 0.077 0.122 . . . . ________ ________

0.110 0.078 0,124 ________ ________ ________ .

0.111 0.080 0.126 ________ ________ ________ ________ ________ ________ ________

0.113 0.081 0.128 _________ . . .

0.115 0.082 0.130 ________ ________ ________ ________ ________ ________ ________

0,116 ~0.083 0.131 . . . . . ‘

0,118 0.084 0.133 ________ ________ . ________ ________ ________ ________

0.120 0.086 0.135 _________ _________ _________ _________ _________ _________ _________

0.122 0.087 0.137 0.086 129.6 . _________ _________ _________ _________ _________ _________

0.123 0,088 0.139 0.087 1293 . . . ________ ________ ________

0.125 .0.089 0.141 0.088 129.6 ________ ________ ________ ________ ________ ________ ________

0.127 0.091 0.143 0.090 129.6 . ________ ________ ________ . ________ . .

0.103 0.074 0.112 0.073 114.9 0.004 0.003 0.007 0.003 10.4 0.005 0.004 0.009 0.004 10.3
0,103 0.074 0.113 . . 0.073 120.0 -0.003 0.003 0.007 0,003 10.7 0.005 0.004 0.010 0.004 10.7
0.098 0.073 0.099 0.070 56.8 0.025 0.022 0.048 0.021 60.4 . 0.025 0,021 0.047 0.020 26.8
0.095 0.070 0.099 0.068 91,2 0.012 0,011 0.024 0,010 34.2 0.013 0.011 0.025 0.011 26.9
0.095 0.069 0.101 0.068 102.6 0.008 0.007 0.016 0.007 22.8 0.009 0.008 0.017 0.008 18.9

0.121 0.104 0,230 0.100 318.3 0.118 0.102 0.225 0.098 243.9
0.121 0.104 0.230 0.100 249.3

Holes;
1) Capacity price converted to 91kV/h at zonal en.peak summer load factor.
2) Projected environmental costs represent costs that are out yet internalized. Sustainabilily Target-’ Allowance Price (inlemalized value) + Ensironmenlal Cost

-All Avoided Costs are irnYear2007 Dollars Peak hours are; Monday through Fridayffarn - 10pm: Off-Peak Hours are: All other hcurs. E—1 5
-Summer includes June through September: Winier is all other monthu

AESC Constant Dollar Avoided Cost Results by :scree~jng Zone
NOTEr All Avoided Costs are in Year 2007 Dollars; Peak hours are: Monday through Friday Earn - 10pm; Off-Peak Hours are: Alt other hours

Summerfor energy values includes June through September: WinIer is all other months
All Costs include losses on the ISO-administered Transmission System. OSM savings should include distriboilco and lucal transmission losses . Retafl Mder 10%

Real Discount Rate 22%
Formatted for input to DSM screening models . . Capacity Losses: Generatinn to ISO Delisery 3.4%

Zonal On.Peak Ssnvoer Load Factor 64%
Cl #C~PTfl ,cvnrnen flflffTff

Units:

Period:
2007

0.078
0.075
0.071
0.068
0.070
0.065
0.065
0,066
0,066
0,068
0.068
0.007
0,068
0.069
0.370

0.099 0.071

0.048 -0.021 140 ‘ 0.041 . 0.035 . 0.078

129.0
1250

2000
2039
2010
2011
2012
2013
2014
2015
2016
2017
2018
2019
2026
2021
2022
2023
2024
2025
2028
2027
2028
2029
2030
2031
2032
2033
2034
2035
2038
2037
2038
2039
2040

Levelized
(2000-2040)
(2008-2040)
5 years (2008—12)
10 years (2000-17)
15 years (2008-22)
PVIo 2005
PV to 2009

0.034
0.021

0,102 . 0,069 129.6 _________

0.103 0.067 _________

0.104 0.1167 _______

0.109 0.060 129.6 ________

0.111 0,069 -- 120.6 ________

0.112 0,070 . 129.6. ________

_________ 0.071 125.6 __________________ 0.072 129.6 _________________ 0.073. 129.6 ________________ 0.074 129.6 ________________ 0.075 . 129.6 _________________ 0.077 129.6 _________________ 3.070 129.6 ________________ 0.079 129.6 _________________ 0.080 129.6 _________________ 0.081 129.6 ________________ 0,082 120.6 _________________ 0.083 129.6 _________

0.085 129,6

C
0
0
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EXHIBIT 11- ,‘lEMA-C$

AESC Constant Dollar Avoided Cost Results by Screening Zone
NOTE; All Avoided Costs are in Year 2087 Dollars; Peak hours are; Monday through Friday 6am - 10pm; Off-Peak Hours are: All other hours

Summerforenergy values includes June through September; Winter is all other months
All Costs indude losses on the ISO-administered Transmission System. DSM savings should include distribution and local transmission losses

Fonnatted for input to DSM screening models

$!kWtm 8/kWh 9/kWh ~‘ $/kWb 8/kWh S/kWh

0.037 0.036 0.041 0.040 0.004 0.061
0.037 0.036 0.041 0.040 9.3 7.0 0.094 0.069
0.035 0.035 0.039 0.038 10.4 7.8 0.088 0.067
0.035 0.035 0.039 0,028 13.5 10.2 0.069 0.008 0.063
0.035 0.034 0.039 0.038 17.9 13.4 0.129 0.084 0.065
0_sal 0,030 0.034 0.033 23.1 17.4 0.140 0.004 0.062
0.030 0,029 0.033 0.032 26.2 19.6 0.148 0.079 0,057
0.028 0,028 0.032 0.031 26.2 19.6 0.148 0.091 0.058
0.027 0.027 0.030 0.029 26.2 19.6 0.148 0.000 9.058
0.026 0.025 0.029 0.028 26.2 19.6 0,148 0,083 0.059
0,024 0.024 0.027 0.026 26.2 19.6 0.148 0.085 0.061
0.023 0.023 0.026 0.025 26.2 19.6 0.148 0.084 0.061
0.022 0.022 0.024 0.024 26.2 19.6 0.148 0.084 0.060
0.021 0.028 0.023 0.022 26.2 19,6 0.148 0.085 0.062
0,020 0,020 0,022 0.022 26.2 19.6 0.148 0.087 0.063
0.019 0.019 0,022 0,021 26.2 19.6 0.148 0,089 0.064
0.019 0.019 0.022 0,021 26.2 19.6 0.148 0.090 0.065
0.019 0.019 0.022 0.021 26.2 19.6 0.148 0.092 0.065
0.019 0,019 0,022 0.021 26.2 19.6 0.148 0.093 0.066
0.018 0.019 0,022 0.021 26.2 19.6 0.148 0.094 0.067
0.019 0.019 0.022 0.021 26.2 19.0 0.148 0.096 0.068
0.019 0.019 0.022 0.021 26,2 19.6 0.140 0.097 “~~‘

0.019 0.019 0.022 0.021 26.2 19.6 0.148 0,096 0.070
0.019 0.019 0.022 0.021 26.2 19.6 0.148 0,100 0.071
0.019 0,019 0.022 0.021 26,2 19.6 0.148 0.101 0.072
0,019 0.019 ~ 0.021 26.2 19.6 0.148 0.103 0.073
0.019 0,019 0.022 0.021 26.2 19.6 0.148 0.104 0.074
0.019 0,019 0.022 0.021 26.2 19,0 0.148 0.106 0.076
0.019 0,019 0.022 0.021 26.2 19.6 0.148 0,107 0.077
0.019 0.019 0.022 0.021 20.2 19.6 0.148 0.109 0.078
0.019 0,019 0.022 0.021 26.2 19.6 0.148 0.110 0,079
0.019 0.019 0.022 0.021 26.2 19.6 0,148 0,112 5.080
0.019 0.019 0.022 26.2 19.6 0.148
0,019 0.019 0.022 26.2 19.6 0,148

0.023 0.023 0.026 0.025 24.5 18.4 0.129
0.023 0.022 0,025 0.024 24,9 18,7 0.132
0.035 0.034 0.039 0.037 14.8 11.1 0.014
0.031 0.030 0.034 0.033 20.5 15.4 0.081
0.028 0.027 0.031 0.030 22,4 16.8 0.105

FCM pltase.in
2010.11 60%
2011-12 80%
2012-13 100%
2013.14 100%

411 Avoided Costs are in Year 2007 Dollars; Peak hours are; Monday through Friday 6am. 10pm; CIt-Peak Hours are: Alt other hours. E—1 6
-Summer iscludes Juon through Seplember; Vhinter is all other months.

8/kwh

FCM Revenue
Additional C02 Costs (not an avoided cost

below) do nor - 3d to avoir’ ‘ costs) Avoided Costs before Adders REC Costs

On.Poak A I ICAPWinter Winter Off- Summer Summer Summer: Winter: Winter Winter Off- Summer Summer
Peak Peak Peak Off-Peak June, July. December, ~ Peak Peak Peak Off.Peak Market All Energy

Energy Energy Energy Energy August January Value1 Energy Energy Energy Energy

0.086

Units;

Period;
2907
2008
2609
2810
2011
2012
2813
2814
2015
2816
2817
2818
2019
2020
2021
2022
2023
2024
2026
2026
2027
2028
2029
2830
2831
2032
2933
2854
2030
2036
2037
2038
2039
2040

L.evelized
(2008.2040)
(2809.2040)
5 years (2000.12)
10 years (2000-17)
15 years (2800.22)
PVOo2008
PVio2009

S.C
0_C
S.C
0,C
0.0
0.0
0.0
0.0
0.9
0.0
0.0
0.C
S.C
0.0
0_C
0.063

S/kwh 51kV/li SlkW.yr ~IkWh $lkW.yr

0.150
0.156
0.156

67 0.167
114 0.181
114 0.189
114 0.191
114 0.107
114 0.176
114 0.155
114 0.127
114 0.092
114 0.049
114 0.000
114 0.000
114 0.000
114
114
114
114
114
114
114
114
114
114
114
114
114
114
114
116
1140.021

0.021 114

Holes:
1) Capacity price converted to S/htMl at zonal trs.peak summer load factor.
2) Projected esvimnmenlal cools represent costs that are not yet internalized. Sustainabilily Ta%vt~ Allowance Price (internalized value) + Environmental Cost

0
0
0

‘.3
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EXHIBIT 8-1 SEMA-C$

2028
2629
2030
2031
2032
2033

Formatted for input to DSM screening models

0.10 5 0.075
0.107 0.076
0108 0.077
0.110 0.078
0.111 0.079
0.113 0.080

0.118 0.075 129.6
0.120 0.076 .129.6
0.122 0.077 . 129.6
0.123 0.078 129.6
0.125 0.079 129.6
0.127 0.080 129.6

Relai Adder 10%
Real Discount Role 2.2%

Capacity Losses: Generation in ISO Delivery 3.4%
Zonal On-Peak Sunarrer Load Factor 57%

0.121 0.086 I
0i23 0.00 _________ _________ _________ _________ _________ _________ _________ _________ _________ _________ _________

0125 0.OOL 0.140 0.089 . 129.6 ________ ________ ________ ________ ________ ________ ________ ________

0.101 0.073 0.110 0.072 114.6 0.006 0.505 0.010 0.004 13.4 0.006 0.005 0.010 0.204 10.3
0.100 0.072 0.110 0.071 120.0 0.006 0.004 0.009 0.004 14.0 0.006 0.055 0.011 0.004 10.7
0.096 0.072 0.096 0.067 06.8 5.230 . 0.023 0.052 0.021 69.0 6.029 0.023 0,050 0.020 26.8
0.093 0.069 0.096 0.066 912 0.016 5.012 0.027 0.011 35.1 0.015 0,012 0.027 0.011 26.9
0.093 0,065 0.098 0.066 102.6 0,011 5,009 0.019 0.008 24,6 0.011 0.008 0.019 . 0.008 18.8

0.143 0.112 0.247 0100 . 318.3 0.140. 0.109 0.241 5.098 243.9
0.143 0.112 0,247 0.100 249.3

Notes:
1) Capacity price converted to Slk.Wh atzonal on-peak 500snnr load factor.
2> Projected environmental costs represent rests that areaotyel internalized. Suslainabilily Target~ Allowance Price (intemo6zed value> * Environmental Cost

AESC Constant Dollar Avoided Cost Results by Screening Zone
NOTE: Alt Avoided Costs are in Year 2007 Dollars; Peak hours are: Monday through Friday San, -10pm; Off.Peak Hours are: All other hours

Summerfor energy values includes June through SepIembett Winter is all other months
All Costs include losses no the ISO-admiolsierod Transmission System. DSM savings should include distribution and local transmission losses

COSTS
Wholesale Power l°rice. Constant Dollars

Soutt’’rst Massac’:setls DRlPEP’lnstallatie~hi2008 0RlPEF”lnstattatio”~ in 2009

Annual Annual AnnualWinier Winter-Off- Summer Summer Winter Winter Off- Summer Summer Winter Winter Off- Summer SummerMarket. Market Market
Peak Peak Peak Off-Peak Peak Peak Peak Off-Peak Peak Peak Peak Ott-PeakCapacity Capabity

Energy Energy Energy Energy Value Energy Energy Energy Energy Value Energy Energy Energy Energy CapacityValue

Units:

Period:
2007
2000
2009
2010.
2011
2012
2013
2014

.2015
2016
2017
2018

$dkWh $fkWh $ilcWtt . SIkWh SlkW.yr $lkWtt SlkWh .SlkWh $lkWh SllcW-yr

0.094 8-070 —

0.096 0.072 - 0,018 0.014 0.031 0.013
0.096 0.067 . - . 8-052 .8-041. 8-090 ~
0.097. 0.066 60.5 0.048 . .0.030 0.084 0.034
0.094 0.063 1091 . 0030. 8-023 . . 0,051 - . 0.021
0.096 0.256 122.1
0.092 0.063 .. 129.6
8-093 0.064 . 129.6

_________ 0.096 0.063 129.6_________ 0.097 0,065 129.6 ._________ 8-100 0.066 129.5________ 0.099 — 0,066 - .129,6 .

0,064
0.064
0.064
0,066
0.067
0.067
0.065
0.067

SlkWti SIkWh $lkWh $lkWb 51kW-yr

140 . 0.048

Levetized
(2000-2040)
(2009-20.40)
5 years (2008-12)
10 years (2800—17)
l5yeurs (2008-22)
PVto2008
PVto 2009

0
0
0

-.411 Avoided Costs are in Year2007 Dollars: Peak hours are: Monday thmr~gtt Friday 6am- 10pm: Ott-Peak Houm are: At other hcum. . . E—1 7
-Sumrnerincluden Jtiae through Seplembet Winier is all other months.
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EXHIBIT B-.

Levetized
(2008.2040)
(2005-2840)
5 years (2008-12)
10 years (2008-17)
15 years (2008—22)
PVto 2008
PV to 2000

0.019 0.022

17.9 0.145
18.4 0.148
11.0 0.016
15,1 0.090
16.4 0.117

FCM phase-in
2010-11 60%
2011-12 80%
2012-12 100%
2013-14 100%

Notes:
1) Capacity price converted to S/kWh at zonal en-peak summer load lhctor.
2) Projected environmental costs represent costs that are notyet internalized. Suslaloabirty Target Allowance Price (internalized value) + Esnironmental Cost

AESC Constant Dollar Avoided Cost Results by Screening Zone
ROOt: Alt Avoided Costs are to Year 2007 Dollars; Peak hours are; Monday through Friday 6am - 10pm; 0ff-Peak Hours are: All other hours

Summer for energy vaices includes June through September; Winter is all other months
All Casts include tosses on the ISO-administered Transmission System. OSM savings should include distribution and tonal transmission losses

Formatted for input to DSM screening models

FCM Revenue :.- -

Additional C02 Costs (not an avoided cost;
(see note below) do not add to avoided costs) Avoidel ¶osls bela’s Adders REC Costs

On-Peak Annual CAPWinter WinterOif- Summer Summer Summer: Winter Winter WioterOff- Summer Summer
Peak Peak Peak Off-Peak June, July, December. Peak Peak Peak Off-Peak All Energy

Energy Energy Energy Energy August January Value’ Energy Energy Energy Energy V~lue

0.037
0.037 I

$1lA’J—
month

0.030

Units:

Period:
2007
2008
2009
2010
2611
2812
2013
2014
2015
2016
2017
2018
2019
2020
2021
2022
2023
2024
2025
2026
2027
2028
2029
2035
2031

0.023

4

0.022

SlkWh SllcW-yr ~lkWh 01kW-yr

0.084 0.062 0,150 _________

0.006 0,064 0.106 40.5
0-156
0,167
0,181
0,189
0.191
0.187
0.176
0,155
0,127
0.0920.167

S/kwh $tkWtr S/kWh S/kWh

0.036 0.041 0.040
1.036 0.041 0,040 92

1030 0.035 0.039 0.030 10.4
0-035 0,035 0.039 0,038 13,5
0,035 0.034 0.039 0.036 17.0
11031 0.030 0.034 0,033 23.1

0.029 0.033 0.032 26.2
0.028 0.028 0,032 0.031 26,2
0.027 0.027 0.030 0.025 262
0.026 0.025 0.029 0.028 26,2
0-024 0.024 0.027 0.026 262

0.023 0.026 0,025 26.2
11022 0.024 0,024 26.2

0.021 0.020 0.023 0.022 26,2
0.020 0.020 0.022 0.022 262
0.018 0,019 0.022 0.021 26.2
0.019 0.019 0,022 0,021 262
0,019 0,019 0.022 0.021 262
0.019 0019 0.022 0.021 262
0.019 0.019 0.022 0.021 26.2
0,019 0.019 0.022 0.021 26.2
11019 0.019 0.022 0.021 26.2
0.019 0,019 0.022 0.021 26.2
0.019 0,019 0.022 0.021 20.2
0.018 0019 0.022 0.021 262
0.019 0019 0.022 0.021 26,2
11019 0.019 0.022 0.021 262
0.019 0.018 0,022 0.021 262
0.019 0.019 0-022 0.021 262
0.019 _________ _________ 0.021 26.2
0.019 0.019 0.022 0.021 262
0,019 0.019 0,022 0.021 26.2
0.019 0.019 0,022 0.021 26.2
0.019 0.019 0.022 0.021 26,2

5.024 0,024 0,027 0.026 23,9
11024 0.023 0.026 0.025 24.5
0.035 0,034 0.039 0.037 14.7
0.031 0.031 0,035 0.034 20.1
0.028 0.028 0.031 0.030 21,9

SlkWh S/kwh 5/kWh

_________ 0.063_________ 0.094_________ 0.087

0.078 0,086
0.140 0.081
0.157 0,082
0.167 0.077
0.167 0.080
0.167 0.079
0,167 0.080
0.167 0.083

_________ 0.082_________ 0.082_________ 0.083_________ 0.084_________ 0.088_________ 0.089_________ 0.090_________ 0.091_________ 0.093_________ 0.094_________ 0.096_________ 0.097_________ 0.098_________ 0,100________ - 0.101

0.084
0.085
0.081
0.082
0.086
0.087
0,090
0.089
0,092
0.092
0.097
0099
0.100
0.101
0.103
0.104
0.106
0,107
0.109
0.111
0.112
0,114
OIlS
0.117

0.167
0.167
0.167

19.6 0,167
19.6 0.167
19.6 0.167
19.6 0i67
19.6 0167
19.6 0,167

0,167
0,167
0.167
0.187
0.167
0.107
0.167
0.167
0.167
0.167
0.167
0.167
0.167

59 114
59 114
60 114
61 114
62 114
63 114
64 114
65 114
66 114
67 114
68 114
69 114
70 114
71 114
-72 114
-73 114

0,074 114
0.075 114
0.076 114
0,077 114
0.078 114
0.080 114
0.081 114

0
0

-All Avoided Costs are is Year2007 Dolisrs Peak hours are: Monday through Friday 6am - 10pm; Off-Peak Hours are: All ather hours. E—1 8
-Summer lonludes Juse through September-; Winter is all other months.
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EXHIBIT 5-i WCMA-CS

AESC Constant Dollar Avoided Cost Results by Screening Zone

10%
22%
3.4%
60%

114,9 0.005 0,004 0,009 0,003 13.4 0.005 0.004 0.009 0.003 10.3
120.0 0.005 0.004 0.008 0.003 14.0 0.005 0.004 0.009 0.003 10.7
56.8 0.026 0.020 0.044 0.016 89.0 0.025 0.019 0.043 0.016 26.8
91.2 0.013 0.O1Ô 0.023 0.005 35.1 0.013 0.010 0.023 0.008 - 26.9
102.6 0.009 0.007 0.016 0.006 24.6 0.009 0,007 0.016 0.006 18.9

0.122 0,093 0209 0.078 318.3 0.120 0.091 0.204 0.076 243.6
0.122 0.093 0.209 0.078 249.3

All Avoided Costs are in Year 2007 Dollars; Peak hours are: Monday through Friday Sam— 10pm; Off-PeakHhurs are: All otherhours. E—1 9
-Summer includes June through September; ‘Muter is all other months,

ROTE: All Avoided Costs are in Year 2097 Dollars; Peak hours arm MondOy through Friday Barn -10pm; Off-Peak Flours are: All other hours
Summer for energy values includes June through September; Winter is all other months

All Costs include ltsses on lire ISO-administered Tmnsrntsston System. DSM savings should include disirthoton and local trunsmissinn losses Relat Adder
Real Discount Rate

Formatted for input to OSM screening models Capacity t,osses: Generalton to ISO Del’ruery
Zunul On-Peak Summer Lnad Pastor

Wholesale Power Price. Constant Dollars

. West-C’’itml_Massn”husetts DRIPS f,installaliur~ is 2009 DRlPffferlnsgallatici’-tn 2009

Annual Annual Annual
Winter Winter Off- Summer Summer Winner Winter Off- Summer Summer Winter Winter Off- Summer SummerMarket Market . Market
Peuk Peak Peak Off-Peak Peak Peals ‘ Peak Off-Peak Peals Peak Peak Off-Peals Capacity

• Eoergy Energy Energy Energy Capacity Capacity Energy Energy Energy EnergyValue Energy Energy Energy Energy Value Value

$llsWh $IkWh

0.025 0J19 0.043

$IkWb 51kW-yr $lkWtr $tliWh StkWh

001O -

0.029 -

0.027 72
0.016 140

$!kWh $lkWh SlkWh 51kW-yr SikWh

0.070 0.096 0,073 - —

~ COSt 0.076 -

0.070 0.097 . 2072 -

0.078 0.097 0.000 60.0 C
2070 0.096 0.066 109.1
02171 02198 0.069 122,1
2006 0,094 — 0.065 129.6

0,066 129.6 —

02160 1226
0,069 129.6

lag’s
1226
12921
129.6

_________ _________ 1226_________ _________ 129.6_________ _________ 129.6________ ________ 129.6_________ _________ 129.6________ ________ 129,6_________ _________ 129.6_________ _________ 12921________ ________ 129.6________ ________ 129.0

1220

$lkWh 51kW-yr

0,010 -

0,029 —

0.027 -.

0.016 140
90

-40

0.097 _________

0.093 _________

0,093 _________

2089 _________

02192 _________

0.090 _________

-0.092
0.094
0.091.
0,091
0,093
0,093 0.009 0.106 0.069
0,096 .02170 0.108 0.070
2090. 2071 0,110 - .0,071
0,099. 2072 0112 0.072
2101 0.073 . . 0.113 0.073
0A02 0.074 . -2135 0074
~i 0.075 2116 0.075
0,105 02176 - 0.118 0.076
0.109 0070 2120 0,077
2108 .0.079 2122 -.0.070
0,110 0.080 2123 .0.079

.0.111 2081 2125 0.081
2113 0.082 0127 0.082
0.114... 0.083- 0.129 0.083
0116 0.085 . - 0131 0.004
.0:118 02188 0133 0,005
0.119 02187 0.134 0,087
0121. 0.088 - 0,138 0,080

-0.123 2090 0.138 0.089
0,125 .0,091 0140 0,090

- 0.101 0.074 2110 0.074
0,101 0.074 0.111 0.073
0,098 2074 0,097 0,070
0.095 0.071 - 0.097 2059
0.094 0.070 0,099 0,009

Units:

Posted:
2007
2098
2009
2010
2011
2012
2013
2014
2015
2016
2017
2018
2019
2028
2021
2022

- 2023
2024
2025
2026
2027
2028
2029
2030

- 2031
- 2932

2033
2034
2035

- 2036
2037
-2038
2039
2048

Levelized
(2008-2040)
(2009-2049)
6 years (2000-12)
lOyears(2000—17)
19 years (2008-22)
PVto 2008
PVto 2009

0
0
0
-~

0,

Notes:
1) Capacity price converted In 51166k at zonal un-peak summer load factur.
2) Projected environmental costs represent costs that are nut yet internalized. Suslainability Target = Allowance Price (internalized value) +Envirsnmenlal Cost -

Revise- ~7



EXHI8rI E-. ~CMA-c$

AESC Constant Dollar Avoided Cost Results by Screening Zone
NOTEa All Avoided Costs are in Year 2007 Dollars; Peak hours are: Monday through Friday 6am -10pm; 0ff-Peak Hours are: All other hours

Summerfor energy values includes June through Seplemberi Winter is all other months
All Costs include losses on the ISO-administered Transmission System. OSM savings should include distribution and local transmission losses

Formatted for input to DSM screening models

5!kWh $lkWh $lkWh $IkWh 91kW-
month

Notes;
1) Capacity price converted to 0-kwh atzonal on-peak summer load faritor.
2) Projected envimomental costs represent costs that are nstyet intemalized. Ssstuinability Target Allowance Price (lotemalized value) + Eneimemental Cost

FCM phase-in
2010-11 60%
2011-12 88%
2012-13 100%
2013-14 100%

Wsolesale Power Price. Constant Dollars

FCM Revenue -- - -~--

Additional C02 Costs (not an avoided cost; - - - -

(see note below) do not - Id to avoid I costs) Avoided Costs hefn-r Adders REC Costs

On-Peek Annual ICAPWinter WinterOff- Summer Summer Summer: Winter: Winter WinterOff- Summer Summer
Summer MarketPeak Peak Peak Off-Peak June, July, December, Cpacity Peak Peak Peak Off-Peak All Energy

CapacityEnergy Energy Energy Energy August January value’ Energy Energy Energy Energy Value

0-035

mccv-
month

10-4

0.027

0-kwh Slkh9b SOrWi, 0-kWh SIkWh 81kW-yr ~1kWh 81kW-yr

0-071

Units:

Period:
2007
2008
2009
2010
2011
2012
21113
2014
2015
2016
2017
2018
2019
2028
2021
2022
2023
2024
2025
2026
2027
2028
2029
2038
2031
2032
2033
2034
2035
2036
2837
2038
2039
2040

7 0.060

0.019

0.158

0.027
0-025
0.024
0.023
0022
0.020
0-020
0.019
0.018
0-019
0.019
0.019
0.019
0.016
0.019
0.019
0.019
0.019
0.019
0.019

0.158

0.034 8.033
0.033 0.032
0.032 0.031
0~030 0.029
0.020 0.025
0.027 0.026
0.026 0.025
0.024 0.024
0.023 0.022
0.022 0.022
0.022 0.021
0-022 0.021
0.022 0.021
0.022 0.021
0.022 0.021
0.022 0021
0.022 0.021
0.022 0.021
0.022 0.021
0.022 0.021

0-021

_________ 3.021

3.021
0.021
0.021
0.021
0.021
0-021

0,019
26.2

0.022

0,019
0.022

0.019
0.016
0.019

0.021

45.2
19.0

________ 0,149 0.083 0.063 0.087 0.061 114 0.189 ________________ 0.158 0.079 0.058 0,083 - 0.057 114 0.191 ________________ 0,158 0,082 0,058 0.084 0.059 114 0,187’ ________________ 0-155 0,080 0.556 0.087 0.058 114 0.176 ________________ 0.158 5.082 0,060 0,087 0,061 114 0,155 ________________ 0-158 0.084 0.062 0.091 0.061 114 0.127 ________________ 0.082 0.061 0.089 0,069 114 0092 ________________ 0.082 0.060 0-091 0.060 114 0.049 _______________ 0.158 0.085 t.t62 0.093 0.062 114 0.000 _______________ 0.158 0,085 0.062 0.097 0.062 114 0.000 ________________ 0,108 0,088 0.064 0,098 0.083 114 0.000 ________________ 0.158 3.089 0.065 0.100 0.064 114 ________________ 0,156 0-090 0.066 OjOl 0.065 114 ________________ 0,158 0.091 0.067 - 0.103 0.086 114________ 0.158 0.093 0.067 0.104 0,057 114 ________________ 0.159 0.094 - 0.069 0.100 0.088 114 - ________________ 0.158 0.095 - 0.069 0-107 0.069 114 ________________ 0.158 0,097 0.070 0,109 0.070 114 ________________ 0.158 0098 0,071 0.111 0.071 114 ________________ 0.159 OJOC 0.073 0,112 0.072 114 ____________________ 0-158 0.101 0-074 0i14 0.073 114 _________________ 0.158 0.103 0.078 0.115 0,074 - 114 _________________ 0.158 0.104 0.076 0.117 0.075 114 ________________ 0.158 0,106 0.077 0.119 0.076 114 ________________ 9.158 0,107 0.078 0.120 0.078 114 ________________ 0.158 0,109 0.079 0.122 0.079 114 ________________ 0.159 0,110 0.080 0.124 0.090 114 ________________ 0.158 0,112 0.081 0.126 0.081 114________ 0,158 0.113 0.063 0.128 0.082 114 ________

Levetized
(2008—2040) 17.9 0,138
(2909-2040) 10-4 0-140
5 years (2008-1 2) 11.0 0.015
10 years (2008-17) 15.1 0.096
l5y8ars(2008-22) 16.4 0.111
PV6n2008
PV to 2008

-All Avoided Costs are in Year2007 Dollars; Peak hears are: Monday through Friday 6am -10pm; Off-Peek Hours are: All other heors. E—20
-Sarmner includes Jane through September; Winter is all other months.

0.024 0.024 0.027 0.026 23.9
0.024 0.023 0.026 0.025 24.5
0.035 0.034 0.038 0.037 147
0.031 0.031 0.035 0.034 20.1
0-020 0.028 0.031 0030 2t9

0
0
0
-~

-1
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EXHIBIT B-I non-NEMA-CS

0
0
0

-~

00

Leveazeri
(2008-2040)
(2009-2040)
Syears(2018-12)
10 years (2006—17)
19 years (2000-22)
PVto2008
PV to 2009

AESC Constant Dollar Avoided Cost Results by Screening Zone
NOTEr All Avoided Costs are in Year200T Dollars; Peak hours arm Monday lhrough Friday Sam- 10pm; Off-Peak Hours are: All other hours

Summer for energy values includes June through September; Winier is all othermonths
All Crisis include mans an the ISO-administered Transmissian System. OSM savings should include disicibulion and local transmission losses

Formatted for input to DSM screening models

RetatMder 10%
Real Discount Rale 2.2%

Capacity Losses: Geoemlinn to ISO Delivery 3.4%
Zonal On.Peak Summer Load Faclar 59%

10.2
10.7
26.8
26.9
18.9

243.9
249.3

ci OflTOTfl sSIflIflCfl COSTS
. Wholesale Power price, Constant Dollars

9’ ssachuselts outside of ~ ritherist Mt.s DRIPE for lnstallatiscv’ in 2088 DRIPE f-- lnslallatio~~v in 2009

- Annual Annual Annual
Winter Winter Off- Summer Summer Winter Winier Olf- Summer Summer Winter Winter Off- Summer SummerMurkhi Market Market
Peak Peak Peak Off-Peak Peak Peak Peak Off-Peak Peak Peak Peak Off-PeakCapacity

Energy Energy Energy Energy Value Energy Energy Energy Energy Capacity Energy Energy Energy Energy CapacityValue Value

linus:

Periost
2087
2008
2009
2010
2011
2012
2013
2014
2015

$IkWh

21116
-2017
2018
2019
2020
2021
2022
2023
2024
2025
2026
2027
2620
2829-
2030
2031
2632
2033
2034
2035
2036
2837
2038

$flOlNb SflsWh $/kWla SIkWh $IkW-yr Sfkwh SfkWh SJkWh 91kW-yr $fkWh $lkWtt . SflcWh $fkVAr. 91kW-yr

0.094 0.069 . 0.095 0.072 •. .. _________ _________ _________ _________ _________ _________

0.105 0.079 0.097 0,074 - 0.017 6.813 .0.028 0.011 - - - . - - . -

‘0.097 0.075 0.096 0.070 - 0.048 0.037 ‘0083 0.032. . - 0.017 0.083 0.020 0,011
0.097 0.072 0.097. 0.067 60.5 0.045 0.034 0.077 0.030 72. 0.048 0.037 0.083 0.032
0.082 .0.059 0.085 0.065 .109.1 0.027 0.021.0.047 0.018 140’ 0.045 0.034 0.077 0,030
0.093 0,070 0,097. 0.067 122J ________ ________ - 90 0.027 0.021 0.047 8.018
0.089 0.065 0.093 0.064 120.6 _______ _______ _______ .. 40 _______ _______ _______

0.091 0,065 0.093 0.065 129.6 . . ________ ________ ________

0.089 0.065 0.097 0.064 129.6 ... ________ ________ ________ ________ ________ ________

0,091 . 0.066 0.097 0.007 129.6 . . _______ ._______ _______ _______ _______

0.093 . 0.068 0.101 0.067 129.6 . ________ ________ . . , ________ ________

0.091 .0,067 0,099 0,067 129.6. . . _______ _______ _______ _______ _______ _______

0.061 0.066 0.101 0.068 128.6 , ________ ________ ________ ________ ________ ________

0,092 0,068 0.102 . 0.067 129.6. _______ _______ . . _______ _______ _______ _______

0.093 0.066 . 0.107 .0,067 129.6 _______ _______ _______ _______ _______ _______ _______

0.096 0.069 0.108 0.069 129.6 .

0.098 . 0.070 0,110 0,070 129.6 . _________ . . . . ..

0,099 . 0.071 0,112 0.071 129.6 , ________ ________ . ________ ________ ________ ________

0.101 0.072 0:113 0.072 . 129.6 . . . ________ ________ ________ ________ ________

.0.102 0.073 0,115 0.073 129,6 _______ _______ _______ _______ _______ _______ _______

0.104 0.074 0.116 0,074 129.6 ‘ .- .

- 0,105 0:075 . 0.118 0.075 . ‘1295 _______ .

0.107 0,077 0.120 0,076 129,6 _______ _______ _______ _______ _______ _______ _______

0,108 0.078 0.122 0.078 129.6 . .

0,110 0.076 0.123 0.079 .. 129.6 ________ ________ ________ ________ ________ ________ ________

0.111 . 0.080 0.125 0.080 . 126.6 . . ________ ________ ________ ________ ________

0.113 0,081 0.127 0,081 129,6 ________ ________ ________ ________ ________ ________ ________

0,114 0,082 . 0.129 0,082 129.6 . ________ ________ ________ ________ ________ ________

0.116 0,083 0.131 0.083 129,6 . . ‘ ________ ________ ________ ________ ________

0,118 0,085 0,133 0,085 ‘ 129.6 _________ _________ _________ _________ _________ _________ _________ _________

0,120 0,086 0.134 0.086 129.6 _________ _________ -- . —

0.121 0,087 . 0.136 0,087 129.6 . . ________ ________ . ________ ________ ________ ________ ________

0.123 0.088 0.138 0,088 120.6 ________ ________ ________ ________ ________ ________ ________ ________

0.125 0,090 0.140 0,080 129.6 .

0.101 0.074 0.110 0.073 114.9 0,006 0.004 0.010 0.004 13.4 0,005 0,004 0,009 0,004
0.101 0,073 0,110 0.072 120.0 0.005 0.004 0,009 0.003 14.0 ‘0,006 0.004 0,010 0.004
0.097 0.073 0,097 0,089 56.8 0.028 0,021 0,047 0,018 59.0 0.027 0,021 0.045 0,018
0.094 0,070 0,096 0,067 91.2 0.015 0.011 0.025 0.010 35.1 0.014 0.011 0.024 0.009
0,093 0:069 0.088 0.067 102,6 0.010 0,008 0.018 0.007 24.6 0.010 0.008 0,017 0,007

0.132 0.101 0.227 0,087 318.3 .0.129 0.099 0.222 0.086
8.132 0.101 0227 0.087

Notes:
1) Capacily price convened to SIRWh at zoval arr.peak summer load factor.
2> Pr~e~led environmental costs repmsent’costs Ihat are not yet internalized. Saslainabilily Targel= PJlowance Price >Inlematzrid value) + Environmental Cost

-All.Anaided Costs are in Year2007 Dalars; Peakiraurs am: Monday through Friday 6am - 10pm; Olf.Peak Hoars are: Al otirerirours.
-Summer includes June Through September; Winteris all other months.

E-21
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EXHIBIT E-l r,~n-NEMA-C$

Constant 000arsnonolesale rower r

FCM Revenue
Additional C02 Costs (not an avoided nosE -

(see flol~ below) do not add to avoided costs) Avoided Costs befe-v Adders REC Costs

On-Peak Annual ICAPWinter WinterOff- Summer Summer Summer: Winter: Winter WioterOff— Summer Summer
Summer MarketPeak Peak Peak Off-Peak .lune .Joly, December. Capacity Peak Peak Peak Off-Peak All Energy

CapacityEnergy Energy Energy Energy August January Vuu~ Energy Energy Energy Energy Vatue

0A62 0_aol

—All Avoided Cools are in Year 2007 Dollurs; Peak boors are: Monday through Friday turn - 10pm; Off-Peak Hours are: AS other hours. E—22
-Summer includes June through September: Winter is all other months.

Revised 8/31/07

AESC Constant Dollar Avoided Cost Results by Screening Zone
NO’rE~ All Avoided Costs are in Year 2007 Dollars; Peak hours are: Monday through Friday Barn -10pm; Off-Peak Hours are: All other hours

Summerforenergy values includes J000 through September: Winter is all other months
55 Costs inclodo louses to the lSO-adrrdnistered Transmission System. DSM savings should include dislnbulinn and local lrunumisstnn losses

Formatted for input to OSM screening models

FCM phase-in
2010-Il 60%
2011-12 80%
2012-13 100%
2013-14 100%

$flcWli $IkWh $tkWh $!kWh ~ ~ SlkWl-t SlkWh $IkWh ItkWh SfkWlr 91kW-yr ptkWlt 01kW-yr

0.026 0.025
0024
0.023

0.086

0026

u-on’

0.025
0.024
0.022

Unilm

Period:
2887
2008
2009
2010
2011
2012
2013
2014
2615
2016
2017
2010
2019
2020
2021
2022
2023
2024
2025
2026
2027
2020
2029
203u
2031
2032
2033
2034
2035
2036
2037
2038
2039
2040

Levetzed
(2008-2040)
(2009-2040)
5 years (2000-12)
10 years (2008-17)
15 years (2008-22)
PVIo2008
PV to 2009

40.2

5.022

45.2

0.021

19.0

_________ 0.062_________ 0.059

0.085 0.057

_________ _________ 0.066 0.059

262 19.6 0162 0.078 0.057 0.282 0.056
262 19.6 0.162 0.061 0.057 0.083 0057
26.2 19.2 0.162 0.079 0.058 0.087 0.057 _________ -

________ 26.2 19.6 ________ ________ 0.059 0.007 0.059 114________ 20.2 19.0 0.162 0.064 0.061 8-090 0.060 114________ 19.6 0.162 0.082 0.060 0.209 0.000 114 0.092________ 26.2 19.6 0.162 0.082 0.059 0.292 0.059 114________ 262 19.6 0.162 0.084 0.082 1L093 02)01 114________ 262 19.6 0.162 0085 0.062 0.097 0.061 114________ 262 196 0.162 0.088 0.063 8-099 0.063 114

0.022 0.021 26.2 192) 0.162 0.089 0.064 0.100 0.064 114
0.022 0.021 26.2 19.6 0.162 ~)(V 0.065 OjOl 0.065 114
0.022 8-021 26.2 19.6 0.162 0.091 0.066 0.103 0.066 114

0.019 0.019 0.022 8-021 262 19.6 8-162 0.093 0.067 0J04 0/267 114
0.019 02)19 0.022 0.021 262 19.6 0.162 0.094 6.069 0.100 0.068 114

0.019 0.022 8-021 262 19/2 0.162 0.095 8-059 0.107 0.069 114
~ 8-019 0.022 8-021 262 19.6 .0.162 0.097 0.070 0.109 0.070 114

0.019 0.019 0.022 8-02 26.2 19.6 0.162 0.098 0.071 0111 0.071 114
11019 0.022 0.021 262 19.6 11162 0.100 0.072 0112 0.072 114
0.019 0.022 0.021 262 19.6 0.162 ~i~E 0.073 0.114 02)73 114

0.019 11019 0.022 8-021 262 18-6 11162 0.103 0.074 0.115 0.074 114
0/219 11019 0.022 0.021 262 18-6 0.162 0.104 0.075 0.117 0.075 114
11019 0.019 11022 0.021 26.2 19.6 0.162 0.108 0.076 8-119 0.076 114

0.019 0.022 0021 252 18.6 8-162 0.107 0.077 0.121 0.077 114
0/219 8-022 11021 26.2 19.6 0.162 11109 0.078 0.122 0.078 114

________ 0.022 0.021 262 19/2 0.162 ~ii 0.079 0.124 0.079 114________ 0022 0.021 262 18-6 0.162 0.112 0.090 0.126 0060 114

0.019 ________ 0.022 0.021 262 19.6 0.162 0.113 0.082 11128 0.081

0.024 0.024 0.027 0.026 23/2 17/2 11141
0.024 8-023 0.026 0.025 24.5 18-4 0.144
0.035 0.034 11039 0.037 14.7 11.0 0.016
0.031 0.031 0.035 0.034 20.1 16.1 11088
0.028 0.028 0.031 0.030 21.9 16.4 0.114

Notes:
1) CapacIty price convened to SlkVvTr atzunol on-peak numrner load factor.
2) Projected envtmnmonlul costs represent costs that ore not yet internalized. Suvlainabilily Target Allowance Price (irrtemutzed value) • Environmental Cost

8-019
0.019
0.019 114

0
0
0

-~
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EXHIBIT E-1 SWCT-CS

AESC Constant Dollar Avoided Cost Results by Screening Zone
NOTEt All Avoided Costs are in Year2007 Dollars; Peak hours are: Monday through Friday Sam - 10pm; Off-Peak Hours are: All other hours

Summerfor energy values Includes June through September; Winter is all other months
All Costs include losses on the lSO-adndoistered Transmission System. DSM savings should include distribution and local transrniss:Ofl losses

Formatted for input to OSM screening models

ELECTRIC AVOIDED COSTS
Wholesale Powerprice. Constant Dollars

$ou ‘vestConr~r~icut DRlPEf’-~ lnstdulatie”v it, 2000 DRIPE fo’- Installaticnv in 2009

Annual Annual Annual
Winter Winter Off- Summer Summer Winter Winter Off- Summer Summer Winter Winter OIf- Summer SummerMarket Market Market
Peak Peak Peak Off-Peak Peak Peak Peak Off-Peak Peak Peak Peak Oft-PeakCapacity

Energy Energy Energy Energy Value Energy Energy Energy Energy Capacity Energy Energy Energy Energy CaPacIty. Value yatue

$!kWh 911Mb SJkWh S!kWh 80kW-yr SlkWh $!kWh 811Mb $IkVtti 00kW-yr $ikVth SlkWti $lkWb $lkWb 81kW-yr

3.073
2.083

0.0 97

0:102
0103

ctiOS

0.110 0.075
0.111 0,000
8.113 0.081

Leveli.zed
(2088-2840)
(2009-2040)
5 years (2008-12)
10 years (2000-17)
15 years (2008-22)
PV Or, 2808
PV t~ 2009

0
0
0

1%)
0

0.108 0.077 0.117 0,076 114.9 0004 0.803 0.009 0.004 10.4 0.006 0.004 0.012 5,006 10.3
0.105 0.076 0.117 0.075 120.0 0.004 0.803 0.008 0.004 10.7 0.006 0.005 0.012 0,006 10.7
0.103 0.077 0,106 0.073 56.8 0.028 0.023 0,058 0:029 60.4 0.028 0,022 0887. 0,029 26.8
0.099 0.073 0.104 0.070 91.2 0.014 0.011 0.029 0.015 342 0,015 0.012 0.030 0.015 20.9
0,098 0.072 0,106 0.070 102.6 0.009 0,008 0,019 0.010 22.8 0.010 0,008 0.021 . 0,011 18,9

0.135 0.109 0.279 0,141 318.3 0.132 0.106 0273 0,138 243,9
0.135 0,109 0.279 0.141 249.3

Notes:
1) Capacity price converted to SutdMr at zotal on-peafftiunirner load factor.
2) Projected eosirortmootul costs rnpmsent costs that are not yet internalized. Suslainability Target Allowance Price (inlomalized value) + Environniental Cost

Retail Adder 10%
Real Discount Rate 22%

Capucity Lonseni Generation 10180 Delivery 3,4%
Zonal On-Peak Surronerl,oad Factor 60%

0,102 0,076
0.007 0.071
0.095 0.073
0.094 0,067
0.095 0.057
0.593 . 0.067
3.091
3,088 -

0.039

0,101 .

Units:

Period:
2007
2008
20119
2010
2011
2012
2013
2014
2015
2016
2017
2019
2019
2020
2021
2022
2023
2024
2025
2026
2027
2028
2029
2030
2031
2032

0,080 C
0,070 0.107 =
0.071 0,105
0.065 0.105

So

0.039_ 0.100 0,051

0.108 5.077 -

0.134

129.0

0i36
— — 0.087 . 0.138 .

0.125

-All Avoided Costs are inYear2007 Dollars: Peak hours are: Mondaythrough Friday Barn - 10pm; Off-Peak Hours are: Alt otherhours,
-Sammer includes June through September; Winter is all other months.

E-23
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EXHIBIT B- nWCT-C$

AESC Constant Dollar Avoided Cost Results by Screening Zone
NOTEs All Avoided Costs are in Year 2007 Dollars; Peak hours are: Monday through Friday 6am 10pm; Off-Peak Hours are: At other hours

Summer for energy vaiues includes June through Septembor Winter is all other months
/41 Costs include losses on the ISO-adndnistered Transmission Synternn. OSM savings Should include distribution and lanai transmission losses

Formatted for input to DOM screening models

0.068

0.085 114

Nulern
1) Capacity price converted to $/k’Mt at canal an-peak summer load Irictor.
2) Projected environmental casts represent costs that are ant yet internaliZed. Sustalnability Target = Allnwance Price (internalized value) + Environmental Cost

FCM phase-in
2010-11 60%
2011-12 80%
2012-13 100%
2012-14 i8055

Wholesale Power F: ~e, Constant Dollars

FCM Revenue
Additional C02 Costs (not an avoided cost;

(own note below) do not add to avoided costs) Avoided Cents before Adders —~ REC Cost,

On-Peak Annual ICAPWinter WioterOff- Summer Summer Summer; Winter; Winter WinterOff- Summer Summer
Peak Peak Peals Off-Peak June, July, Decomber ~ Peak Peak Peak Off-Peak Market All Energy

Energy Energy Energy Energy August January Value’ thrregy Energy Energy Energy

SltcWh $lltWtiSlkWli

0.037
0.037
0.035
0.035
0.035
0.031
0.030
0.028
0.927
0.026

0.034 __j
0.030 1

0.024

$IkWh 51kW-yr ~lkWh */kW-yr

0.175
0.222
0.233

67 0.233
114 0211
114 0.108
114 0.167
114 0.145
114 0.123
114 0,099
114 0.074
114 0.049

________ 114 0.025________ 114 0.0011

114 0.000

5/kWh ~ ~ $lkWh S/kWh 8/kwh S/kwh

0.040 _________ _________ _________ 0.089 C
0.040 9.3 70 _________ 0.099 C
0.030 10.4 7.8 ________ 0.093 C
0.038 13.5 102 0.074 0.090 C
0.038 17.9 13.4 0.133 0.887 C
0.033 23.1 11,4 0i48 0.087 C ________

0,233 0.032 26.2 19.6 0.150 0.083 C ________

0.032 0.031 262 19.6 0.158 0.085 C ________

0.030 0.029 262 19.6 0.158 0.083 C _______

0.029 0.028 20.2 19.6 0.158 0.085 C ________

0.027 0.026 26.2 19.6 0.158 0.086 C ________

0.026 0.025 262 19.6 0158 0.087 C ________

0.024 282 19,6 0.158 0.081 _______ _______

0.022 26,2 19.6 8,158 0,089 ________ ________

0.022 26.2 19,6 0158 0,088 _______ _______

0.021 262 19.6 0190 0.091 _______ _______

0,021 262 19.6 0,158 0.083 ________ ________

0,021 26.2 19.6 0.158 0.094 ________ ________

0.021 26.2 19.6 0.158 0.095 _______ _______

0.021 26.2 19.6 0.158 0,007 _______ _______

0.021 26.2 19.6 0.158 0.098 ________ ________

0,021 26.2 19.6 0.158 ________ ________ ________

0.021 262 10.6 0.158 _______ _______ _______

0.021 262 19.6 0158 _______ _______ _______

0.021 262 19.6 0.159. ________ ________ ________

0.021 262 19,6 0.158 ________ ________ ________

0.021 262 19.6 0.150 ________ ________ ________

26.2 19.6 0,158 ________ ________ ________

_________ _________ 10.6 0,158 _________ _________ __________________ _________ 19.6 0.158 _________ _________ _________________ ________ 19.6 0.158 _________________ _________ 19.6 0.158_________ _________ 19.6 0.158________ _________ 19.6 . 0.158_________ 1k029 _________ _________ __________________ 0028 _________ _________ __________________ 0.027 _________ _________ __________________ 0,225 _________ _________ __________________ 0.024 _________ _________ _________

0M23 0.023 _________ _________

0.022 0.022 _________ _________

0~21 0,220 ________ ________

0.020 0.020 ________ ________

0.019 0.019 _________ _________

0.019 0.019 _________ _________

0~19 0.019 _________

0~19 0.015 _________ _________

0.019 0.019 _________ _________

0.019 0.019 _________ _________

0~19 0,019 _________ _________

0.019 0.019 ________ ________

0019 0.019 _________ _________

0.019 /k018 ________ ________

0.019 /k019 _________ _________

0.019 /k019
0.019 0.019
0019 0.019 0,022 0.021 262
0.019 0219 0,022 0221 262
0219 0.019 0.022 0221 262
0219 0,019 0.022 0.021 26.2
0019 0.019 0,022 0,021 262
0019 0,019 0.022 0.021 26.2

0.023 0223 0.026 0,025 24.5
0.023 0.022 0.025 0.024 249
0.035 0.034 0.039 0.037 14,8
0231 0230 0.034 0033 202
0228 0.027 0.031 0.030 22.4

______ I 0.096 1_________ 1 0,090 1_________ 1 0.090 1_________ 0.090 1____ 0.093 —~_________ 0.097_________ 1 0295_________ 0.062 0285 0.062

0,065 0.099 0,063
0.065 0101 0.063
0265 0104 0,065

_________ 0.066 0.106 0.06r________ 0.067 0107 0.067_________ 0.068 0109 0268_________ 0.069 0.110 0.069_________ 0.070 0.112 0.070

0,1011 0.071 0.113 0.071
0.101 0.072 0,115 0,072
0.102 0.073 0.117 0.073
0.104 0.075 0,118 0,074
0,105 0,076 0,120 0.075
0.107 0.077 0122. 0,076
0.109 0.078 0.124 0.078
0.110 0.079 0.125 0.079
0.112 0,000 0.127 0,080
0.113 0,001_ 0.129 0.081

1.082 114
0.083 114

Unith:

Period: ________ ________ ________ ________

2007 _________

2008
2009 _________ _________ _________ _________ _________

2010 _________ _________ _________ _________

2011 _________ _________ _________

2012 ________ ________ ________ ________ ________ ________

2013 _________ _________ _________

2014 ________ ________ ________ ________ ________

2015 _________ _________ _________ _________ _________ _________ _________

2016 _________ _________ _________ _________ _________

2017 _________ _________ _________

2018 ________ ________ ________ ________ ________ ________

2019 _________ _________ _________ _________

2020 _________ _________ _________

2021 _________ _________ _________

2022 _________ _________

2023 _________ _________ _________

2024 _________ _________

2025 _________ _________ _________ _________ _________ _________ _________

2026 _________ _________ _________

2027 _________ _________

2628 _________ _________ _________ _________

2029 _________ _________ _________ _________ _________

2030 _________ _________ _________

2031 _________

2832 _________ _________ _________ _________ _________ _________

2033 _________

2034 _________ _________

2035 _________ _________ _________ _________

2030 _________ _________ _________ _________

2037 _________ _________ _________ _________ _________ _________

2038 _________ _________ _________

2039 _________ _________ _________

2040 _________ _________ _________ __________

t.evelized
(2008-2048)
(2009-2040)
5 years (2008-12)
10 years (2008—17)
15 years (2008-22)
PV to 2008
PVto2009

-All Avoided Costs are in Year2007 Oollars Peak hours are: Meriday through Friday 6am - 10pm; 00-Peak l4uurs are: At urherhnurs. E—24
-Summer includes June through Seplerrrben Winter is all other months.

184 0.137
18.7 0140
11.1 0.015
15.4 0.066
16.8 0111

0
0
0

1’.)
Revised 0/31/07



EXHIBIT F-I NS-C$

AESC Constant Dollar Avoided Cost Results by Screening Zone
NOTEs All Avoided Costs are in Year 2007 Dollars; Peak hours are: Monday through Friday 6am -10pm; Off-Peak Hours are: All other hours

Summertorenergy values includes June through Septemberi Winier Is all other months
All Costs include losses on the ISO-adoinistered Traosmitsion System. DSt savings should include distrlboton and Iscul transmission louses Retai Adder 10%

Real Discount Rate 2.2%
Formatted for Input to DSM screening models Capacity Losses: Generation to ISO Delivery 2.4%

Zbsal On-Peak Summer Load Factor 59%

. Wholesale Power Price. Constant Dollars

N walk-Starr’ rd . - -DRIPS for lnstallatlor- in 2006 DRIPE for lnstsllsllnr In 2009

Winter Winter o~- summer Summ~r Annual Wits wInter Off- Summer Summer Annual Winter Winter Off- Summer Summer Annual
Peak Peak. Peak Off-Peak Market Peak Peak Peak Off-Peak Peak Peak Peak 0ff-Peak Market

Snergy Enir~y Energy Energy Srrergy Energy Energy Energy Energy Energy Energy Energy c~7cls~r

Units: $lkWh $lkWh $lkWh SlkWh 11kW-yr $JkWh . $lkWh 9lkWh SikWlt *1kW-yr - $IkWh SlkWh- -- $tkWlr $lkWh $IkW-yr

Periot - . --

2007 0104 0.07I 0.116 . 0.078 - . . . ... ________ ________ . . -

2008 - 0.110 .0.085 0118 .0.082 - 0.017 .0.013- 0.033. 0.019 - - - -

.2008 0.109 0.062 0.118 0.076 - 0.049 0.039 0.100 0.051 - 0.017 0.013 0033- 0.016
2018 .0102 9476 .0~110. 0.072 jöT .0.048 .0.037 0.097 0.050 72 0.049 0.039 01000.051
2011 0.097 . 0.071 . 0.209 0.069. 1091.. 0.029 ~0D23 0.085 .0.030 140 0:046 0.037 0.097 0.060
2012. 0.098 0.073 0113 .0.070 1221. ...-,-:. ____ ____ 90 0.028 ;0.023-
2013 0.094 0.087 0.106 0.066 129.6 ________ . . ________ 40 ..~ . 90

.2014 0.095 0.067 0105 0.067 12s:6 •. . S... _______ _______ _______ .. . 40
2015 0.093 . 0.067 0.105 0.066 129.8 .- - . . . _______ _______

2016 0.004 0.068 0108. .0.067 129.6 . . _______ .

2017 . 0.098 0.070 0.112 0.070 129.t ________ -.. ________ ________ ________ ________ ________

301$ ~ .0.068 . .0.071 0:110 0:070 129.6 . . . _________ _________ _________ _________ _________

2018 0.095 . 0.065. 0.111 0.069 129.0 . .- .. ________ ________ ________

2020 . 0.097 0.071 0.115 0.070 129.8 . _________ _________ _________ _________ _________

2021 0.097 0.072 0.116 0.070 129.6 . . _________ _________ _________ _________ _________ _________

2022 0.100 0.072 .0.120 0.072. 129.6. . ________ ________ ________ ________ ________ ________

.3033 .0 192 0.073 0.122 0.073 -129.6 . . ________ ________ ________ ________ ________

2024 0.103 0.074 0.124 .0.074 129.6 . .. ________ ________ ________ ________ ________

2025 .0.108 0.075 0.125 0.078 129.6 . . . ________ ________ ________

2026 0.106 0.078 0.127 . 0.076. 129.6 . -- ________. ________ ________

2027 0.108 0_on 0.129 0.077 129.6 ________ . . . . . .

2029 . 0.110 0.079 0.131 0.078 129.6 . ________ ________ ________ .________ ________

2029 0.111 0.080 0.133 0.079 129.6 - . . .

2030 0.113 0.091 0.135 0.081 129.6 . . .

2031 0.114 0.082 0.137 0.082 1206 . -- . - . . . .

.2032 . 0.116 .0.063 0.139 0.083 1296 . ________. . . . . .. ________ ________

2033 0.118 .0.064 .0.141 0.084 129.6 . . . .

2034 . 0.119 0.086 .0.143 . . 0.0851296 _______ .. . _______ ... _______ _______

2635 . 0121 0.087 .0145 0.087 _~.2~&.-
2036 0.123 . 0.068 0147 0.086 129.6 ________ ________ . ________ ________ . . . .

.2037 . .0125 0.089 . 0149 0289 129.6- . .

2038 0128 . 0.091 . 0.151 0.090 129.6 .. . . . . . . . .

2039 . 0128 . 0292 0153 0.092. 120.6 . .

2040 0130 0.093 0156 0.093 1296 . .

Levetloed .

(2008-2040) 0106 0.077 0123 .. ooZe 1142 0.006 .~ 0.005 0.012 0006 13.4 . 0.006 0.004 0.012 0.006 10.3
(2009-2040) . 0.106 0.076 0.123 0.075 120.0 0.005 0.004 0.011 0.005 140 0296 0.008 0.012. 0.006 102
Syears(2808-12) 0.105 0.077 0114. 0.074 56.8 0.028 . 0223 . 0258 0.030 59.0 .0.028 0.023 0.057 0.029 26.8
loyeazs(200E-17) 0.100 0.073 0111 0071 91.2 •.Q~Q~5 . 0.012 0.031 0.016 35.1 0.015 0.012 0.530 0.015 26.9
lsyeara(2008-22) 0.099 0.072 0.112 0.071 102.6 0.010 0.008 0.022 0.011. 24.6 0.010 0.008 0.021 0.011 18.9
PVIo2008 . . 0.235 0.109 0.279 0.141 318.3 0.132 0.106 0.273 0.139 243.9
PVOo2009 . 0135 0.109 0.279 0.141 249.3

Notes:
1) Capacity price converted to $lkWlr atzonal on-peak sunnner load fatoor.
2) Pro]ected envimnmenlal costs represent costs that am not yet inlemuized. Suslainability Target= A3owance Price (brlemaized value) + Enslionmeclal Cost

-All Avoided Costs am in Year2007 Dotars Peak hours uric Monday through Friday Cam - 10pm: 0ff-Peak Hours uric All other hours. E-25
o -Summer indodes June thruogh September; Woteris an other menths.a.
PS) Revise ‘7
PS)



EXHIBIT E-1 NS-CS

FOM phase-rn
2010-Il 60%
2011-12 80%
2012-13 100%
2O13.1~ 100%

AESC Constant Dollar Avoided Cost Results by Screening Zone
NOTEs All Avoided Costs are in Year200l Dollarsi Peak hours are: Monday through Friday 6am -10pm; Off-Peak Hours are: All other hours

Summerfor energy values includes June through September Winter is all other months
AS Costs mclude losses on the ISO-administered Transmission Systent DSM sarongs should include dishibulion and local tzsnsrrdasion losses

Formatted for input to DSM screening models

Wholesale Power Pine, Constant Dollars
PCM Revenue

Additional C02 Costs (not an avoided cost:
(see no’~ below) do not arid to avoided costs) AvoideA W~oste bafo~ Adders REC Cosir

On-Peak ~nealWinter Winter Off- Summer Summer Summer: Winter: Winter Winter Off- Summer Summer
Summer MarketPeak Peak Peak Off-Peak June July, December, Capacity Peak Peak Peak Off-Peak All Energy

CapacityEnergy Energy Energy Energy August January Valuer Energy Energy Energy Energy value

0.037

81kW-
month SlkWbmonth

9-3
10.4
13.5
17.9
23.1
26.2
262
26.2
26.2
262

SI1W.yr fdkWh 81kW-yr

________ 0.175 ________________ 0222 40.5

0233 --

0233
0211
0.189
0.167

0.062

Units: $lkWh $lklMi 81kWh $ikWh $lkWh $lkWh $IkWlt OutWit

Period: ________ ________ ________ ________ ________

21107 _______ 0.036 0.041 0040 _______ _______ _______ 0.093 i~W 0.104 0.009 _______

2008 11037 0.036 6.041 0040 ________ 7.0 ________ 0.103 0075 0.105 0.073 ________

2009 0.035 0.035 0.039 0.038 _______ 7.8 _______ 0.096 0072 0.105 0.067
2010 0035 0.035 0.039 0.038 _______ 10.2 0.075 0.090 0.067 0.097 0.063
2011 0.535 0.534 0.039 0.038 _______ ISA 0.135 0.067 0063 0.597 0.561
2012 0.031 0.630 0.034 0.033 _______ 174 0.152 0.087 i~E 0.101 0.062
2013 0.030 0.029 0.033 0.032 _______ 19.6 0.161 0.083 0.059 0.095 0.059
2014 11028 0.528 0032 0.031 _______ 19.6 0.161 0.085 0.559 0.094 0.059
2015 0.027 11027 0.030 0.029 _______ 196 0J61 0.083 ~ 0.095 0.058
2016 0026 0.025 0.029 0028 _______ 19.6 0.161 11085 0.061 0.097 0.060
2017 0.024 0.024 0.027 0.026 _______ 19.6 11161 0.088 ~ 0.101 0.063
2018 0023 0.023 0.026 0.025 26.2 19.6 0.161 0.087 0.064 0.599 0.063
2019 0.022 0.022 0024 0.024 26.2 19.6 0161 0.086 0.062 0.100 _______

2020 0.021 0.020 0.023 0.022 26.2 19.6 0.161 0.088 0.065 11104 11063 114
2021 0.020 0.020 0.622 0.022 262 19.6 0.161 0088 0.065 0.106 0.063 114
2022 0.019 0019 0.622 0021 26.2 19.6 0.161 0.591 0.065 0.109 0065 114
2023 0.019 0019 0.022 0.021 262 196 11161 0.093 0.066 11111 0.066 114
2024 0.019 0.019 0.022 0.021 26.2 196 0.161 0.094 —~r 0.112 0.067 _..Jii.
2025 0.019 0019 0022 0.021 262 1116 0.161 0.095 0.068 0.114 0.068 114
2026 0.019 11019 0.022 0.021 26.2 19.6 0.161 11097 ~ 0116 0.069 ~~7W
202? 0.019 0.019 0.022 0.021 26.2 19.6 0.161 0.096 0.070 0.117 0.070 114
2028 0019 0.619 0.022 0.021 262 19.0 0.151 0.100 0.071 0.119 0.071 114
2029 0019 0.019 0.022 0.621 26.2 19.6 0161 0.101 0.072 0.121 1072 114
2030 0.019 0.019 0.022 0.021 26.2 19.6 0161 0102 0.073 0.123 0.673 114
2031 0.019 0.019 0.022 0.021 262 19.6 0161 0.104 0.075 0.124 0074 114
2032 0.019 0.019 0.022 0.521 262 196 0161 0105 ~ 0.126 0.075 114
2033 0.019 0.019 0.022 0.021 26.2 19.6 0161 0107 T~T 0.128 0.076 114
2034 0.519 0.019 0.022 0.021 262 19.6 0.161 0.109 0.078 0130 0.078 114
2035 0.019 0.019 0.022 0.021 262 19.6 0.161 0.110 0.079 0.132 0.079 114
2036 0.010 0019 0.022 0.021 26.2 19.6 0.161 0.112 0.080 0.134 0.680 114
2037 0.019 0.019 0.022 0.021 262 19.6 0.161 0.113 0.081 0.136 0.061
2038 0.019 0.019 0.022 0.021 262 19.6 0.161 0.115 0.082 0.137 0.002 114
2039 0.019 0.019 0.022 0.021 26.2 19.6 0.161 0.117 0.084 0.139 0083 114
2040 0.019 0.019 0.023 0.021 202 19.6 0161 0118 0.085 0142 0.085 114

t.eve0zed
(2008-2040) 0.024 0024 0.027 0.026 23.9 17.9 0.140
(2008-2040) 0.024 0.023 0026 0.025 24.5 18.4 0143
Syears(2008-12) 0.035 0.034 0.039 0.037 14.7 11.0 0.016
lOyeaIs(2008-17) 0.031 0.031 0.035 0.034 20.1 15.1 0.087
l5yesrs(2008-22) 0.028 0.020 0.531 0.030 21.9 16.4 0.113
PVto2006
PVto2009

Notes:
1) Capacity price converted to SlkWh atzonal on-peak surrener load factor.
2) Piojeoted environmental Costs represent costs that are not yet intematzed. Sustainabtty Target = Mowance Price (Internatsed value) + Ensimemontul Cost

411 AvoIded Costs ate In Year 2007 Dollars; Peak hours are: Monday through Friday 6am - 10pm: Off-Peak Hours are: AS other hours.
-Summer includes June through September Winter is all other months.C

C
0

F43

E-26

Revised 8/31/07



EXHIBIT B-I SW-NS-CS

AESC Constant Dollar Avoided Cost Results by Screening Zone
NOTE: All Avoided Costs are in Year200Z Dollars; Peak hours are: Monday through Friday earn-I llpnr; Off-Peak Hours are: All other hours

Summer for energy values includes June through September Winter is all other months
All Costs include losses on tIne ISO-udminislered Transmission System. DSM savings should include distribution and local transmission losses

Formatted for tnput to OSM screening models

. Wholesale Power Price, Constant Dollars

Southwest Conn ‘lout excep’ 9orwalk-Si’v,fdrd DRlPEf”lnstallatic’~ in 2008 DRIPE for Installations in 2009

Annual Annual AnnualWinter Winter Off- Summer Surirmer Winter Winter Off- Summer Summer Winner Winter Off- Summer SummerMarket Market MarketPeak Peak Peak Off-Peak peak Peak Peak Off-Peak Peak Peak Peak Off-Peak
Capacity Capaciiy CapacityEnergy Energy Energy Energy Value Energy Energy Energy Energy Value Energy Energy Energy Energy Value

$lkWh $lkWit SIkWh $IkWtr SlOW-yr $lkWli $IkWh OlkWh $ikWh. 31kW-yr S!kWh $ikWh SikWh $fkWlt 61kW-yr

o-0g7

0.001

0.126 0.091
0.128 0.092
0.130 0.093

0.080
0.074 - -

0.072 605

0.070

0.116 0.075 _129.6

4 0.087 129.6
o.onn

.0Al13
0Al39

0,106 00fl 0,114 0.076 1149 0,006 0.005 0.012 0.00~ . - 13.4 ‘ 0,006 0,004 0.012 0.006 10.3
0,105 0.076 0.114 0.075 120.0 0.005 0.004 0.011 0.005 1l.0 0,008 0005 0,012 11.006 10.7
0.102 . .0.076 0.102 0.073 05.8 0.029 0.023 0.058 0.030 89.0 0.028 0.022 0.057 0.029 26.8
2.099 0.072 0.101 0.070 01.2 0.015 0.012 0.031 0.016 35.1 0.1115 0.012 0.030 2.010 22.9
0.098 0.072 0,102 0.070 102.6 0.010 0.008 0.022 0.011 24.6 0.010 0.008 0.021 . 0.011 18.9

0.135 0.109 . 0.279 - 0.141 318.3 0.132 0.108 0.273 . 0.138 243.9
0.135 0,109 . 0.279 0.141 249.3

Notes: . . . .

1) Capacity price converted to SIkVth at zonal on-peuksunnnerloadl9ctor. . . .

2) Projected envirolrrnental costs represent costs that are nstyet internalized. Sustainabilily Target =Ailuwance Price (Internalized value) + Environmental Cost

-All Avoided Costs are in Year 2007 Dollars; Peak hours are: Mosday through Friday 6am - 10pm; OfFPeak Hours am: At otirer bourn.
—Surnmnr includes Jane llrruugtr September; Winier is all other months.

Cr Cn’rornnrrt-gntn COSTS

Retail Adder 10%
Real Discount Rate 2.2%

Capacity Losses: Generation to ISO Delivery 3.4%
Zonal On-Peak Surrvnor Load Factor . 81%

0.093

0.046. 2.0370.102
.0101
0105
0.098
0598

0567 0.098 0.008 . 129.6.
0.068 0.100 0.067 122.6
0.070 0,104 0.070 120.6-

8.009

0.097 0.050 72
140
90

0.048
2.029.

Units:

Period:
2007

.2058
2009
2010
2011

.2812
2013
2014
2015
2016
2017
2818
2019
2020
2021
2022
2023
2024
2025
2026
2027
2028
2029
2030
2031
2032
2833
2034
2835
2036
2037
2838
2839
2040

Levelized
(2008-2048)
(2009-2848)
5 years (2008-12)
10 years (2000-17)
15 years (2008-22)
PVto200t
PV to 2000

0.113

0.089
0.090
0592
0.093

0
0
0

1%)
4:..

E-27

Reviser’ ‘7



EXHIBIT in. ,J-NS-CS

AESC Constant Dollar Avoided Cost Results by Screening Zone
NOTEt All Avoided Costs are in Year 2007 Dollars; Peak hours are: Monday through Friday tam - 10pm; Off-Peak Hours are: All other hours

Summer for energy values includes June through September; Winter is all other months
All Costs include losses on the ISO-adrrdnistemd Transmission System. OSM savings should include distribulino and local transmission losses

Formatted for input to DSM screening models

$lkWls $ikWh $lkWh $flWh

0.037 0.038 0.041 0.040
0,037 0.036 0.041 0040 9.3 7.0
0.035 0.035 0.039 0,039 10.4 7.8
‘ 0.035 0.039 0.038 13.5 10.2 0.073

0.034 0.039 0,036 17.9 13.4 0.131
0.031 0.030 0,034 0.033 23.1 17.4 0.147
0.030 0.029 0,033 0.032 26.2 19.6 0.156
0.028 0.028 0.032 0.031 26.2 19.6 0.156
0.027 0.027 0.030 0,029 26.2 19.6 0.156
0.020 0.025 0.029 0.028 26.2 19.6 0.156
0.024 0.024 0.027 0.026 262 19.8 -

0.023 0.023 0.026 0.025 26.2 18.6 -

0.022 0.022 0.024 0.024 26,2 19.6 —

0.021 0.020 0.023 0,022 26.2 19.6 — —

0.020 0.020 0.022 0.022 26,2 16.6 — —

0.019 0.019 0.022 0,021 262 19.6 — —

~ 0,019 0,022 0.021 26.2 19.6 — —

~ 0,019 0.022 0.021 26.2 19.6 — —

~ 0,019 0.022 0,021 26.2 19.6 — —

~ 0,019 0.022 0.021 262 ~i~i” — —

~ 0,019 0.022 0.021 282 19.6 — —

~ 0.019 0.022 0.021 26.2 18.6 —

~ 0,019 0.022 0.021 262 - 0.156
~ 0.019 0.022 0.021 26.2 — 19.6 — 0.156
~ 0.019 0.022 0.021 262 19.6 0.155
~ 0.019 0.022 0.021 26.2 19,8 0.156
~ 0.019 0.022 0,021 26.2 19.6 0.156
~ 0.019 0.022 0.021 26.2 19,6 0.156
~ 0.019 0.022 0.021 26.2 15.6 0.156
~ 0.019 0.022 0.021 26,2 19.6 0.156
~ 0,019 0,022 0,021 26.2 19,6 0,156
~ 0,019 0.022 0.021 25.2 16,6 0.155
L 0,019 0.022 0,021 26.2 19,6 0,156
~ 0.019 0.022 0.021 26.2 19.6 0.156

0.026 23.9 17.9 0.136
0.025 24.5 10.4 0.139
0.037 14.7 11.0 0.015
0,034 20.1 15.1 0.085
0.030 21.9 16.4 0.110

0,024 0,024 0.027
0,024 0.023 0.026
0.035 0,034 0.039
0.031 0.031 0.035
0.028 0.028 0.031

Notes:
1) Capacity price converted to SOuSA atzanal on-peak summer load factor.
2) Projected essimomental costs represent costs that are not yet istemalized. Sustainabilily Target Allowance Price (istemairued value) sEsvimnmental Cost

FCM pflase4n
2010-11 90%
201 1-12 80%
2012-13 100%
2013-14 100%

Price. Constant Dollars

Units;

Period:

FCM Revenue
Additional COO Costs (nolan avoided cos5 .

(see note below) do not mid to avoid Costs) Avoided Costs before Adders. lt.SC Costs

On-Peak Annual ICAPWinter Winter Off- Summer Summer Summer; Winter; Winter Winter Off- Summer Summer
Summer MarketPeak Peak Peak Off-Peak June, July, December, Capacity Peak Peak Peak Off-Peak All Energy

CapacityEnergy Energy Energy Energy August January’ Value1 Energy Energy Energy Energy Value

2097
2088
2009
2010
2011
2012

0.035
0,035

2033
2014

0.086
0,155
0.156
0.156
0,156
0,156
0.156
0.156
0.156
0,156
0.156
0.156

0.049
0.025

$IkWh $lkWh SllsWh $IkWtr $tkW.yr çllkWti SflcW.yr

0.088 0.084 0.089 0.067 ________ 0.175 ________

0.067 0.073 0,050 0.071 ________ 0,222 40.5
0.091 0.070 0.090 0.065 ________ 0.233 45.2
0.090 0,067 0.090 0,063 67 0233
0.097 0.063 0.090 0,061 114 0211
0.087 0.064 0.093 0,062 114 0,199
0.083 0,059 0.088 0.059 114 0.167
0,085 0,059 0.057 0,059 114 0,145
0.083 0,060 0.088 0.058 114 0.123
0.085 0.061 0.080 0.060 114 0.099
0.086 0.063 0.094 0,063 114 0.074
0.087 0.064 0.092 0.063 114

0.062 0.093 0.092 114
0.065 0.897 0.093 114
0,065 0.098 0.063 114
0.065 0,101 0.065 114
0.066 0.103 0.066 114
0.067 0.104 0,067 114
0.068 0.106 0.068 114
0.069 0,107 0.069 114
0.070 0.109 0.070 114
0071 0.110 0.071 114
0,072 0.112 0.072 114
0,073 0,114 0.073 114
0.075 0.115 0.074 114
0.076 0.117 0,075 114
0.077 0.119 0.076 114
0,079 0.120 0.078 114
0,079 0.122 0.079 114
0.080 0.124 0,080 114
0.091 0.126 0.081 114
0,082
0,084
0.085

0.088
0.086
5,091
0.093
0,094
0.095
0,097
0,098
0.100
0,101
0.102
0.104
0,105
0,107
0.109
0,110

2015 ________ ________

2016 _________ _________

2017 _________ _________

2018 ________ ________ ________

2819 _________ _________

2826 _________ _________ _________

2021 _________ _________

2832 ________ ________ ________ ________

2023 _________

2024 _________ _________ _________ _________

2025 _________ _________ _________ _________

2826 _________

2027 _________

2028 _________ _________ _________

2029 _________ _________

2030 _________ _________ _________

2031 _________ _________

2032 _________ _________

2633 _________

2034 _________ _________ _________ _________

2005 _________

2038
2837
2038 _________ _________ _________

2039 __________ __________

2040 _________ _________ _________

Levelized
(2008-2040)
(2009-2040)
5 years (2088-12)
10 years (2008-17)
15 years (2608-22)
PVO0 2088
PVto 2009

-All Avoided Costs are is Year 2007 Dollars Peak hours are; Monday through Friday 6am - 10pm; 06-Peak Hours are: All other hours. . E-28
-Summer includes June through September; Winter is all other manOrs.0

0
0

r’3
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EXHIBIT 6-1 non-SWCT-C$

0
0

F’)
0)

Lovelized
(2000-2040)
(2009-2040)
5 years (2008-12)
10 years (2608-17)
15 years (2008-22)
PV to 2008
PV002009

AESC Constant Dollar Avoided Cost Results by Screening Zone
NOTE All Avoided Costs are in Year 2007 Dollars; Peak hours arm Monday through Pnday 6am - 10pm; 0ff-Peak Hours are: All other hours

Summerforenergyvalues includes June through September Winter is all other months
All Costs include losses on the ISO-adnintotered Transmission System. OSM savings should indode distribution and local transmission losses

Formatted for inpratto OSM screening models

ELECTRIC AVOIDED COSTS
‘~owerP”~

Cnnne~tiuut eV ~pt$outhv ~t Connecl~c~rt DRIPE for tnstrllatinns in 2000 ORIPEfnr tnstallatio-v- in 2009

Annual Annual Annual
Winter WinterOff- Summer Summer Market Winter WinlorOff- Summer Summer Winter WtnlerOff- Summer SummerMarket Market
peak Peak peak Off-Peak Peak Peak Peak Off-Peak Peak Peak Peak Off-PeakCapacity Energy Energy Energy Energy Capacity CapacityEnergy Energy Energy EnergyEnergy Energy Energy Energy value Value Value

SlkWlr SScWh $IkWh $lkWb 61kW-yr $IkWh $flcWh $lkWh $IlcWhV 51kW-yr $fkWh $lkWlr $1kwh $IkWh $fhW.yr

0.099 0.072 0.104 0.075 - - - _________

0.110 0.062 0.105 0.000 - 0.017 0.013 0.033 0,016 - — - -

0.103 0.079 0.106 0.073 - 0.040 0.039 0,100 0.051 — 0.017 0.013 0.033 0.016_~~V~_ 0~07S 3.103 0,071 60.5 0.046 0.037 0.097 0.055 72 0.945 0.039 0.100 0.051

0.090. 0.070 1102 0.060 109.1 0.028 0.023 0.059 00030 140 0.046 0.037 0.097 0.050
-5,097 0,072 3109 0069 122.1 V V 00 0.028 0.023 0.059 0030 140

0.066 2.065 129.9 _________ _________ _________ 40 V _________ _________ 90
0.066. 3.086 - 129.6 V V V 40

_________ 3.055 129.6 _________ _________ V V V V V_________ 3.056 129.6 _________ _________ _________ _________ V _________________ 3.050 129.6 V V V - _________________ 3.069 129.6 V _________ VV V _________ V __________________ _________ 3.067 1206 _________ _________ V V V V_________ _________ 3.065 129.6 _________ V V V V_________ _________ 3.069 129.6 _________ V V V_________ _________ 3.071 12,9.6 V V V V _________ V V V V V________ ________ 1072 V 12.0.6 ________ ________ ________ V V V V V_________ _________ 129.6 _________ _________ V V _________ V V V V________ ________ 129.6 V V V V________ ________ 129.6 ________ ________ ________ VV V V V V_________ _________ 129.6 _________ _________ _________ _________ _________ _________ _________________ ________ 129.6 ________ V________ ________ ________ V V_________ _________ 129.9 _________ _________ _________ _________ _________ __________________ _________ 129.6 V V V V________ ________ 129.6 ________ ________ V V________ ________ ________ 29.6 ________ ________ ________ V V V V

0.116 8.883 0.131 0.083 V 129.6 V V V V V V V V

0.116 0.085 0.133 V V 00084 __i~__ ________ V ________ V V V V

0.119 V 0066 0.135 0.085 129.6 V V V V V : V

0,121 V 0.087 0.137 0.086 129.6 V V _________
0.123 0.088 V 0.139 0.098 129.0 V

1125 0.090 V 0.141 V 0.589 129.6 ________ ________ ________ ________ ________ ________ V ________

0.127 0.081 8.143’ 0,050 129,6 . V

0.120 0.092 0.145 0.091 129.6 _________ V V

0.104 0.076 0.115 0.074 114,9 0.006 0,005 ‘ 0.012 0.006 13,4 0.006 0,004 0,012 0,006 10.3 V

0.104 0.075 0.115 Vfg74 120.0 V 0005 0.004 0.011 V 0.005 14.0 0.009 0.005 0.012 0,006 10.7
0.101 0,076 0.104 0,072 56.8 V 0.028 0.023 0.058 0.030 89.0 0.028 0.022 0.057 0.020 26.8
0.097 0.071 0,102 0.069 91.2 0,015 0,012 0,031 0,016 35.1 V 0.015 0:012 0.030 0,018 V 26.9
0.997 0.071 0.104 0.089 102.6 0.010 0.008 V 0.022 0.011 24.6 V 0.010 V°’°°~ V 0.021 0,011 18,9

V 0.135 0.109 V 0.279 0,141 318,3 0.132 0.l06 0273 0.138 243.9
V V V V 0.135 0.109 0.279 0.141 2403

Notes: V

1) Capacity p400 converted to 2,/kWh atzonal on-peak sorcmer load factor,
2) Projected environmental costs represent costs that are notyet internalized. Sontainobiltly Target ~Allcwance Price (internalized value) + Environmental Cost

Retail Adder 10%
Real Discount Rate 2.2%

Capacity Losses: Generation In ISO Delivery 3.4%
Znoal On-Peak Sornener Load Factor 60%

Units:

Period:
2007
2008

V 2509
2010
2011
2012
2013
2914
2015
2016
2017
2018
2019
2028
2021
2022
2023

V 2024.

0,092
0,094

_________ 0.100_________ 0,099 V

0.091 0.966 0100- I

0.092 V V 0.067 0.101
V 0.096 0.069 0105 I

0.004 0.069 V 0.103
0.093 0.068 0i04 V

5.095 10/370 0.107 .1

0.096 0.070 V 0.108
0,099 0,071 0.112 V

10101 0,072 0.114 I

0.102 0.073 0.115 0.073
0.103 0.074 0117 00074
0.105 0,075 0.119 0,075
0.106 0.077 0,121 0.076
0.109 0.078 10122 0.077
0,110 V 0.079 0.124 0.078
0,111 0.080 0.126 0.079
0,113 V 0.081 V 0.129 0,080
0.114 0.092 0,130 0.082 V

-All Avoided Costs are in Year 2007 Dollars; Peak hours are: Monday thrclr~h Friday 6am— lOpen; Off-Peak Hours are: All other hours,
-Sunvoer irrotades June through Eeptec,bec Winter is all other months. E-29
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EXHI00T F-I non-SWCT-C6

LCveIr000
(2008.2840)
(2009-2040>
8 years (2008-12)
10 years (2008-17)
15 years (2008-22)
PVto 2008
PVI0 2009

0.024 0.027 0.026 23.9
O~O23 0.026 0.025 24.5
0,034 0.039 0.037 14.7
0.031 0.035 0.034 20.1
0.028 0.031 0.030 21.9

17.9 0.137
18.4 0.140
11.0 0.015
15.1 0.056
16.4 0.111

0.068 114
1.069 114
3.070 114
3.071 114
3.072 114
3.073 114
3.074 114
3.075 114
0.076 114

FCM phase-in
2010-11 60%
201 1-12 80%
2012-13 100%
2013-14 100%

-All Avoided Costs are in Year2007 Dollars; Peak hours are; Monday through Friday Sam - lOpnr; Off-Peak Hours are; All other hours. E—30
-Summer includes June through September; Winter is all other mnnths.

Revised 8/31/07

• AESC Constant Dollar Avoided Cost Results by Screening Zone
NOTE All Avoided Costs are in Year2007 Dollars; Peak hours are: Monday through Friday Sam - 10pm; Off-Peak Hours are: Alt other hours

Summerforenergy values includes June through September; WinIer is all other months
All Costs include losses on the ISO-adndnisternd Transmission System, DSM savings should include distribution and nest transmission losses

Formatted for input to DSM screening models

Units;

Period;
2007

Wholesale Power P’we. Constant Dollars
FCM Revenue

Additional C02 Costs - (not an avoided cost; •-- •-‘-‘~

(see note below) do not add to avoided costs) Avoided Costs befo~ Adders V REC Costs

On-Peak Annual CAPWinter Winter Off- Summer Summer Summer: Winter: Winter Winter Off- Summer Summer
Summer MarketPeak Peak Peak Off-Peak June, July, December, Capaet~ Peak Peak Peak 000.Peak All Energy

Energy Energy Energy Energy August January Value’ Energy Energy Energy Energy Capacity
Value

srew- 93kW- $flcWh 91kV/tn 51kv/h91kv/h SIkWh 8/kWh mnnfh month

0 0.038

2008
2009
2010
2011
2012
2013
2014
2010
2010
2017
2010
2015
2020
2021
2022
2023
2024
2020

0.030

20,2 19.6
19.6 0.1
19.6

0,022
0.022
0.022

0-I

0.088 0.064
0.072
0.069
0.065
0.062
0.063
0.058
0,008
0.059
0,060
0.062
0.062
0.061
0.064
0.064
0.065
0,066

_________ 1.067_________ 1.068_________ 1,068_________ L070_________ .071

0.072

0.022

0.074

0,022 0.021

19.6

0.049

8/kWh

0.037
0.037
0.035
0.935
0.035
0,031 0.030 0.034 0.033 23.1 17.- 0.148 - _______ _______

0.030 0.029 0.033 0,032 26.2 19.0 0.158
0.028 0,028 0.032 0,031 262 19.6 0.158
0.027 0.027 _______ 1029 26.2 19.6 0.158 _______ _______

0,026 0.025 0.029 0,528 26.2 19.6 0.158 _________

0.024 0,024 0.027 0,026 ________ ________ 0,158 0.086
0.023 0.023 0.026 0.025 26.2 _______ 58 0.085
0.022 0.022 0.024 0.024 26.2 ________ 56 0.084
0221 0,020 0.023 0.022 26.2 19.6 (L158 0,086
0.020 0.020 0.022 0.022 262 19.6 0.158 0,087
0.019 0.019 3.021 262 - 15.6 0.158 0,090
0.019 0.019 _______ 0.021 262 19.6 0.158 0.091
0.019 0,019 _______ 0.021 262 19.6 0.158 0.093 C
0,019 0.019 ________ 0.021 262 19.6 0.158 0,094
0.019 0.019 0.022 0.021 262 19.6 0.158 0,095 C
0.019 0.019 0.022 0,021 26.2 ________ 0.158 0.097 C
0.019 0,019 0,022 0.021 20.2 19,6 0,156 0.098 C
0.010 0.019 0.022 0.021 282 19.6 0,156 0.100
0,019 0.019 - 26,2 19.6 0.158 0.101 C
0.019 0.019 0.022 0.021 262 19.6 0.150 0,103 C
0.019 0.019 0.022 0.021 26.2- 19.6 0.158 0.104 C
0.019 0,019 0,022 0.021 262 19,6 0,158 0,106 C
0.019 0.019 0.022 0.021 262 19,6 0.158 0,107 C
0.019 0.01 ________ .021 262 19,6 0,158 0.109 C
0.018 0.019 0.022 0,021 262 19,6 0,158 0.110 C
0.019 0.039 0,022 0,021 262 19.6 - 0.112 C
0,019 0.019 0.022 0.021 26.2 19.6 0.158 0,113 C
0,019 0.019 0.022 0.021 262 19.6 0,158 0,115 _______ _______

0,019 0,019 _______ _______ 26,2 19,6 0,150 0,117 _______ _______

0.024
0.024
0.035
0.031
0.028

Notes:
1) Capacity pdce connected to 51kv/h at znnal on-peak sumner load factor.
2) Pmjected environmental cnsis represent costs that am not yet tnlemalized. Saslainabitty Target = Allowance Price (irrtemaflzed value) -4’ Environmental Cast

01kv/h S/lcWh 51kW-yr jllkvdh 81kW-yr

0.092 0.066 _________ 0,375
0.093 0.071 ________ 0.222
0.094 0.094 ________ 0233
0.091 0.062 67 0,233
0,090 0.060 114 0.211
0.094 0.060 114 0.189
0.089 0.057 114 0.167
0.088 0.058 114 0.145
0.089 0.057 114 31123
0.09l 0.059 11’ 0.099
0.094 0.062
0.093 0.062
0,094 0.061
0.899 0.082
11090 0.062
0.102 1
0.103 I
0.105 I
0.106 I
0.100
0.110 I
0.111 I
0.113 I
0.114 I
0.116 I
0.118 I
0.119
0.121
0.123
0.125
0.127 I
0.128 I
0.130 I

0 0.022 0

0.022 0.021

0.158

= 0.084 0.132

0
0
0



EXHIBIT E-1 Inputs -

Nominal Dolk~r Worksheet Inputs

Note: This version has inputs for FCM phase-in in PY 2010-11 through 2012-13, assuming that the
PCM price may be depressed in the first couple years due to demand-reduction bids. The phase-in
is reflected directly in the capacity revenue column. The avoided capacity cost uses the average
between 100% and the phased-in puce.

Summer Peak GWh
Sep-06
Aug-06

Jul-06
Jun-06

Total Summer

Please nOte: CT.subzones estimated as (CT. peak It~ * (subzone summer lO/(~T summer If~, summer Ifs fromiSOSMD_monthly.xls

0
0
0

2007
2008
2008
2010
2011
2012
2013
2014
2015
2016
2017
2018
2019
2020
2021
2022

Winter Winier Off- Summer Summer
Peak Peak Peak Off-Peak

Energy Energy Energy Energy
tonslMWh• . .. 0.611 . 0.601 0.681 . . 0.66
$Iton externality $IkWh extemality

60.00 . 0.037 . 0.036 .0.041 0.040
60.00 00 0.036 .. 0.041 0.040

. 57.79 . ~JQ 0.035 .. 0.039 0.038

57.63 0.0 0.035 0.039 .0.038
57.47. 0.0 . 0.034 . 0.039 . 0.038
50.54.. 0.0 1 0.030 0.034 . 0.033
48.44 0.03 0~029 0.033 0.032
46.34 . 0.0 0.028 0.03 0.031

.. 44.24 . 0.0 7 0.027 0.03 0.029
42.14 . ~. . . 0.0 0.025 . 0.02 0.028
40.04 0.0 0.024 0.027 0.026

. 37.64 0.0 0.023 0.02 . 0.025
35.84 . 0.022 0.022 .0.02 0.024

. 33.73 0.021 0.020 0.02 0.022
32.68 0.020 0.020 062 0.022
31.63 0.019 0.019 0.02 0.021

Retail Adder
Discount Rate

Capacity Losses to ISO delivery
Inflation Rate 2007

Real Nominal
10% . exceptfor Vermont, PSNH

2.22% 4.8%
3.4% _____

2.5% ________

CT
Development of Load Factors

ME NH.• RI VT . NEMA - SEMA WCMA

Peak 2Aug06 HEI 400
Summer Peak Load Factor

• 1,215 410 . 470 348 164 . 1,008 585 . 625
1,742 525 610 469 278. 1,374 842 881
1,559 451 578 417 . 241 1,267 772 769
1,530 . . 500 538 389. 241 1,217 . . 686 .803
6,046 1,686 2,197 1,623 924 . .4,867 2,885 . 3,078 10,830 5,963.

MA non-NE MA

7,367 j . Z0221 . 2,452 . 1,960 I 1,036 I 5,582 I 3,712 I 3,760 I 13,054 I 7,472 I
60.3%j 68.6%I . 65.9%j 60.9%I. 65.6%l 64.1%I 57:2%I 60.2%I: 61.O%I 5&7%I

-All Avoided Costs are in Nominal$; Peak hours are: Monday through 1~ridáy 6am - 10pm; Off-Peak Hours are: All other hours.
-Summer includes June through September Winter is all other months.
S ~e Energy Economics — AESC 2007

E-31
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EXHIBI’i CT-N$

E-32.JIJI Avoided Costs are in NoninatS: Peak hours urn: Monday throua[r Fdday 6am - lOpos Ott-Peak Hours are: All other hours.
-Summer includes Jane thmoglr Septemher; tNlnreris all other emrrths.
Synapse Energy Ocononics —AESC 2(107

AESC Nominal Dollar Avoided Cost Results by Screening Zone
NOTEI Peak hours are: Monday through Friday Earn - lOpre; Ott-Peak Hours are: All other hours

Summerfur errergy values includes .lunealrrough September Wlrrter is all other rnorrttrs lnltal/on 2-5%
All Coo/c include lasses on the lSG-adrrinistered Transmission Systeru. OSM navirras shoold include divlrihrrdon and local itaosroiss/oo losses Retail Adder 10%

Noninal Discount Rule 4.8%
Formatted fur input to OSM screening models Capacity Losses: Genam000 to ISO Delivery 3.4%

Zonal On-Peak Sunrrrrer Load Pastor 60%or nv.mer,. cmano,or, cosis

Wholesale Power Price. Nominal Dollars

runneotiner DRIPS for lnstallatio’,-’ in 2000 DRP6 f lnstallatiu let 2009

Winter WInter Oft- Summer Summer Annual Vito Mater Ott- Summer Summer Annual Winter Winter Off- Summer summer Annual
Peak Peak Peak Off-Peak Marked Peak Peak Peak Off-Peak Market Peak Peak Peak Ott-Peak Market

Energy Energy Energy Energy CaPaody Energy Energy Energy Energy Enurgy Energy Energy Enurgy C~

$lkWh $lkWh 51kW/c S/kWh 51kW-yr $lkWh $lkWh S/kWh 5/kWh 51kW-yrUnits:

Period:
2807
2803
2009
Solo
2011
2012
2013
21114
2am
2010
2017
2010
2010
2020
2021
2022
2023
2024
2026
2026
2027
2020
2029
2030
2031
2032
2033
2034
2038
2030
2037
2030
2039
2040

Level/cod
(2000-2040)
(2009-2040)
Oyearrs (2000-12)
10 years (2000-12)
l5yearrs (2000-22)
PVta 2000
PVOe 2000

5/trW/c S/kWh 5/kWh 5/kWh SAW-yr

0.000 0.073 0104 0.076 -

~l13 0.005 8.109 0.083 —

0109 0,083 0.112 0,077 -

0.309 0.081 0.112 0.077 65.1
0107 0.878 0.113 0.076 120.4
0.110 0.082 0.325 0.015 130.1
0.108 0.077 0.117 0.076 158.3
0.112 0.079 0.318 0.079 154.1
0.112 0.001 0.122 0.079 150.0
0126 0.005 0.127 0.084 161.a
0124 0.089 0.135 0.080 16(1.9
0.325 0.092 0.130 0.091 I701
0.326 0.092 5141 0.091 174.3
0132 0.090 0.349 0.095 178.7
(1.135 0_ito 0.155 0.080 1832
0.344 0.304 0.164 0.303 187.0
0.150 olon 0.171 0.107 192.4
0.350 0.112 0.177 0.111 197.3
0.162 0.317 0104 0.116 202.2
0.369 8.121 0.192 0.121 2072
0.178 0126 0l99 0.125 212-4
0.183 0.131 0.207 0.130 217.7
t.ISO 0.136 0.216 0.130 2232
0.197 0.142 0224 0.141 220.0
0205 0.147 0233 8.147 234.5
0214 0.353 0242 0.152 240.3
9,~ 0.159 0252 0.150 240-4
0231 0166 0252 0-155 252.5
0240 0.372 0273 0.171 258.8
0280 0.170 0283 0.178 265.3
0260 0.106 0.295 0.100 271.0
0270 0.194 0.386 0.193 270.7
0201 0202 0.319 0200 280-7
0.2112 0.210 0.331 0,200 202.0

0.148 0.107 0.163 8.106 162.3
0_iso 0.109 0.167 0.107 172.3
0.110 0.002 0.113 8.078 61.0
0.112 0.082 0.118 0.079 103.8
0.317 0.006 0.126 0.084 122-1

0.008 0.000 0.017 0.006 18.8 0.008 0.096 0.016 5.009 14.9
0.007 0.006 0.018 0.008 20.1 0000 0.007 0.017 0.089 18.4
0.030 0-024 0.0103 8.032 63,4 0030 0.024 0.061 0.031 28.8
0.017 0.014 0255 0.018 39.8 0.017 0.013 0.034 0.017 30.6
0.013 0210 0.020 0.013 29.5 0,0t2 0.010 0.025 0.013 22.6
Ô.138 0.112 0.286 0.145 328.2 0.130 0,108 0200 0,142 250.0

0,142 0.114 0294 0.340 202.0

Notes:
1) Capacity price converted 10 SlId/Mr atzanat on-peak somrner loud factor.
2) Projected environmental caste represent canto that are not yet ioremul’rznd, Sosiaioobihly Target.~ Allowance Price Syremutzed vulae) • Ennlmnrceoral Cost

0
C
0
3~.
~5.)

Revived 0131/07



EXHIBIT E-1 CT-N$

AESC Nomihal Dollar Avoided Cost Results by Screening Zone
NOTRO- Peak hours are: Monday through Friday tam -10pm; C)ff.Peak Hours am: All other hours

Summer for energy values Includes June-through September; Winter is all other morrthc
All Cosls Include losses on the ISO-udoinisterert Transmission System. DSM novings should include distribc0oo end local tranumionion tosses FCM phurre’in

2010-11 00%
Formatted for inputto OSM screening models 2011-12 00%

21)12-13 150%
2013-14 100%

Units: $tkWh 01100k SlkWh S)kWh month S/kWatreeth

- Period: _______

20t7 0.037 0.t30 5.041 0.040 _________

- 205t 0.030 0.037 0.042 0.041 0.5 7.2
2000 0.037 - - 0,030 0.04-1 - 0.040 10,9 0.2
2010-- 0.030- 0,037 -0.042 0,04) 21.2 .15,9
2011 0.039 -0.039 -. t.043 0.042 20.9 21.7
2012 0.030 8,034 0.039 0.038 29.6 222

- 2012 0,034 t.034 0.838 0.037 30,4 22.8 -.

2514 0.834.- 0.033 0.037 0.036 31.1 23.3
2t15 0.033 0.032 0.037 0.030 31.9 22.9
2u16 - 0.032 0,032 0036 - 0.035 322’ 24.5
2017 - 0.031 0.031 - 0,035 0.034 33.5. 25.1
2018 0.030 0,030 0.034 0.033 34.4 25.8

- 2819 0.029 0.029 0.033 0.032 352 26.4
2t2t - 0.828 ~ 0.032 0,031 36.1 27,1

- 2821 - 0,028 ~ 5.031 - 0.030 37.0 27.8
2t32 0.028 - 0.027 0.031 0.030 37,6 28.4
2023 0.029 0.020 0.032 .0.031 38.9 292
2024 0.029 0,029 0.033 0.032 - 39.9 29.9
2028 - 0.030 0.030 0.034 0.033 40.5 30.0

- - 2026 0.031 11,035 5,034 - 0,033 .41.9 3t4
2027 - - 0.032 0.031 0,035 0.034 .42.9 32,2
2028 0,032 0.032 0,036 0.035 44.0 33.0
2025 - 0,033 0.033 0.537 - 0.036 45.1 53.0 -

2530 . - 0.034 - 0,033 - 0,038 0.537 - 462 34,7
2031 - 0.835 0.034 0.039 01139 47.4 35,5
2032 0,036 0.035 0.040. .0.039 48.6 36.4
2533 0.037 0.036 0.041 01140 .49.8 37.3
2034 0.038 0,037- 0.042 .0.041 51.0 38.3
2t35 0,039 0.03t - 0.043 0.042 52.3 392
2036 0,039. - 0.039 0,044 0.043 53.0 402
2037 0.040 0.040 - 0.045 0.044 54.9. 412
2038 0.041 0.841 0.046 0.045 50.3 422 - -

2039 0.043 0.842 0.047 0.046 57.7 433
2040 0,044 0,043 5,549 0.047 502 44.4

r..enehzed - - - .

12099-2040) 0.034 0.003 0.070 0.037 34.7 - 28.0 Ô213
(2009-2046) 0.074 0.033 ‘0,538 0.037 36.2 - 272 0217
Syears(2000-12) 01137’ 0.537 0.042 0.040 19.5 14.6 0.016
layears(2088-17) 0.035 0.035 0.079 - 0.038. 250 18.7 8.059
lsyeare(2058-22) 0.034 0.053 - 8.038 0.036 27.8 20.9 0.136
PVto2088
PVtu 2009

Notes: - ‘

-1) Capacity price converted to $11459 atzonul on-peak surcmer load factor. - -

2) Prcriecteti ennirunmenlul costs répresenl costs thai are not ye) tntema0zed. Sostatnaldutly Target~ Allowance Price ~ntema9zed value) + Eovirnrnnenlal Coot

0 . . - . -

‘Alt Avoided Costs are In NondtulS; Peek boom ore: Monday through Friday 6am- 10pm; Olf.Pouk Hnorn are: All other hours.
-So” “rctudes Juno through September; WInter is all Other rnmnths.

C.,,) Sr orgy Econcrrics —ASSC 2007
0
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Wholnsale Power Price. Namirra] Dollars. ,,~

FCM Revenue .

Addtlional C02 COsts (notan avoided cost; . - - . .

~ Jyte~~ done’ odd to avoid~ A”riderlCes*s before Adde~s and letla’I”e I9EC Caste - Ditth8ferlnstata0r’-sin 2080 DRlPEforlosta8atir”sin200g

Winter Winter Off- Summer Summer Sommen Wintort On-Peak Winter Winter Off- Summer Summer Annual ICAP Winter WinIer 01 Summer Summer Annual winter Winier 01 Summer Summer Acnual
Peak .- Peak Peak 0ff-Peak June. July December, Peak Peak Peuk 0ff-Peak All Energy Peak Peuk Peak 0ff-Peak ~ Peak Peak - Peak 0ff-Peak

Energy Energy Energy Energy August January Value’ Energy Energy Energy Energy Value - 8nergy Energy Energy Eoergy V~ue Eeergy Energy Seergy Energy Value

$tlrWlr, $lkWh $tkWb - $tllWlr 1111,0db 01kW-yr fJlIWh 01kW-yr StkWh $lkWh $tkWl, SflrWh $IkW~r $lkWh $lkWir 9-kWh 9-kWh 51kW-yr

0,093 0,067
0,094 0.071
0.095 0.064 -

0,092 - 0.062 07
.0.091 . 0.080 114
0,095- - 0,061 1I4
0.090 0,058 .114
0.009 0.059. - 114
0.090 0.059 - 114

Renisr ‘7



EXHIBIT ~- ME-NS

(2000-2040)
(2009-2040)
8 years (2050-l2)
10 years (2800-17)
15 years (0000-22)
PVSo 2080
Fy10 2009

0.129 0.095 0.137
0.131 0.096 0.140
0-093 0.070 0.090
0.096 0.071 0.096
0.101 0.075 0,104

0.001 162.3
0.093 172.3
0.066 61.0
0.068 103.8
0.072 123.1

Inflation 2.5%
Retail Adder 10%

Nominal Discount Rate 4.8%
Capasity Losse~ Generation to ISO Delivery 3,4%

Zenal On-Pealr flunnnrer Lead l5actor 69%

AESC Nominal Dollar Avoided Cost Results by Screening Zone
NOT~ Peak hours are: Monday through Friday 6am - 10pm; Off-Peak Hours are: All other hours

Summer for energy values includes June through SeptembeD Winter is all other months
All Costs indude losses no the ISO-administered Transmission System. DSM savings should include distribution and local transndssivv losses

Formatted for input to OSM seroening model,

Cr oerulno,,n,nen costs
Wholesale Power Price, Nominal Dollars

Maine DRIPE for lnstalla8cn- in 2008 -• ‘~5RlPEf’.installatio in 2009

Winter Winter Off- Summer Summer Annual wioter Winter Off- summer summer Annual Winter Winter ott- Summer Summer Annual
Peak Peok Peak Off-Peak Market Peak Peak Peak Off-Peak Market Peak Peak Peak Off-Peak Market

Capaurty Capacrty CapaodyEnergy Energy Energy Energy Value Energy Energy Energy Energy Vane Energy Energy Energy Energy Vale

StkWll $tkWh S!kWh S/kWh 81kW-yr S/kwh $lkWtr SlkWh StkWh 81kW-pc $tkWtr S/kWh S/kWh 5/kwh SlEW-yrUnits:

Period:
2007
2008
2009
2010
2011
2012
2013
2014
2018
200E
2017
2018
2010
2020
2021
2022
2023
2024
2025
2026
2827
2828
2029
2030
2031
2032
2n33
2034
2035
2036
2037
2038
2035
2040

~evelized
0.054 0.003 0.006 0.003 11.0 0.007 0.006 0.011 0.005 14.5
0,004 0.000 0,006 8.002 11.9 0.007 0.006 0.012 0.000 15.4
0.027 0,022 0.042 0.018 06.8 0.028 0.022 0.042 0.010 20.8
0.013 0.011 0.021 0.009 38.0 0.015 0.012 0.023 0.010 35.6
0.009 0.007 0.014 0.006- 25.4 0.011 0.009 0.017 0.007 22.6
0.123 0,102 0.106 0.083 326.2 0,121 0.589 0.101 0.082 250.0

0.127 0.104 0200 0.055 262.0

0
0
0

Nntes:
I) Cupavily ptiou nonvertud to $lkwtr u0000al on-peak summer load factor.
2) Pru)eoted eooiruormwntal cents represent costs Oral are net ynt inlemalized. Susruinability Turner Allowance Prlue (iotemutzed value) 5 Environmental Cost

-All Avoided Costs ure in NumnfoolS; Peak boom ace: Moodoy through Friday 6am - 10pm; Off-Pooh Hours use: All ether hours.
$ummer ioslades June thmugh September Winter is all ether months.
Synapse Eaeryy Eoonen$es—ASSC 2007
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EXHIBITS-I ME-NS

AESC Nominal Dollar Avoided Cost Results by Screeninci Zone
NOTf: Peak hours are: Monday throuott Friday 6am -10pm; Off-Peak Hoursurms: Alt other hours

Summer for energy values inclodes June through September; Winter is all other months
All Costs include looses on lIre ISO-adminIstered Transmission System. OSM savings should Include dishibution and load lraosndssinn losses FCM phose-in

2010-11 60%
Formatted ferinputto OSM sareening models 2011—12 80%

2012-13 100%
2013-14 100%

Wholesale Power Price. Nominal Dollars “ Inputs (Real 20875)

~ PCM Revenue -

Additional C02 Costs (not on avoided cost;
J0~tn~)__ do not odd to avoided~ Avoidod Costa’ I,elornAdd~mundlnllurIon. t1EC Costa’ DRlPEforlnstallationsin2808 DRIPE7or Installations in 2008 —

06’ tsr W~ to Off Oumme Summe S mmer W’nter ~ P 6 w, to W terOff Summ S mm Au oat ICAP ~ to w to oi ~ mmer Somm Anna W’st W’nterOl Summ s mmer Annual
Peok Peak Peak Off-Peak June, July, Oeoember, .. Peak Puutc Peak Off-Peak M rb All Energy Peak Peak Peak Off-Peak Market Peak Peak Peak Off-Peak MarketCapacIty Capacrty Capacity Capacrty

Energy Energy Energy Energy August January vata~’ Energy Energy Energy Energy Energy Energy Energy Energy value Energy Energy Energy Energy Value

SIkWh $lkWh $IkWh $JkWh month 31kW-month ~ SlkWh $lkWh $fkWh 81600k 31kW-yr plkwh 01kW-yr $IkWh $IkWlr SlkWli $lkWh 01kW-yr SlkWh $lkWt, SEWn SlkWlt 01kw-yr

Period:
2007 0.037 0036 0.041 0.040 _________ 0.075 0,056 0.074 0.056 .0.000
2808 0236 0.037 0.042 0.041 9.5 .7.2 :- 0.083 0.064 0.078 0.560 , 0.044 40.5 0,815 0.012 0.024 0.010 •- —

2009 0.037 0.036 5,041 0.040 10.9 62 0.080 0,061 .0,075 0.057 ‘. 0.078 .45.2 0.044 0237 ‘5,069 t,030-0,01b-0,0130,024 5010
-‘‘2010 ‘0.038 .0,037 0,042 0,041 322.15.9 .0.070 0.076 .0.057 0,074 0253 ‘67 0.100 ‘11kg’ 0241 0.004 0265 0.026 72 0.044 0.037 8268 0.030

21111 -- 0.039 0.038 0043 0.042 .28.9 21.7 0.129 0273 0,055- 5.072 0.051 11.4. 0.121 . 0,025 .0220 0.040 0.017. 140 0.041 0.034 0.065 0.028
2012 0.035 0.034 . 0,039 0.038 29.6 “ 22.2 . 0.148 . 0.074 0,055 0.076 0053 ‘114 .0.135 . ~. ‘~“~ ‘52)~” “5~’~ Th’ij~ ‘(2)t;)r’

-2013 . 0.034 5034. 0.038 0.057 302’ 222 0.161 0270 0.051.0.072. 0.050 .114. 0143 . . 40
‘2014 0.034 0,033 0.037 0.026- 3t1 23.3 0295 .0273 .0,052 . 0.074 0.052 ‘114’. 0.145

2015 . 0.033 ‘ 0.032 0.037 0.036 31,9 23.9 .0.169 0272 . 0,552 -. 0,575 0,050 . 114 0341
2016 0.032 —‘~ö~” 0.036 0.035 32,7 24.5 0.173- 0,074 -.0,553 0,077 0,053 114 .0.127
2017 5031 -0.031 5035 0,034 33.5 25.1 -- -0,178 0.076 --0.056 0.080.0.054 I14 .0,100
2018 ‘0.030 .0.030 0534 34.4 25.8 0.1-82 ‘0.074 0,055 0,079 -.0,054 114 ‘.0271
2019. 0.029 0,029 1k003 0,032 352 ‘26,4 0,187.’ -0,075 5.054 0.082 0.054 -.114 .0.035
2020 ‘~‘~~i’ 0228 ‘0,032 0.031 361 -271- -0,101- 0.076... 0.056 .0.082 0.055 1.14 0200
2021 0.028 0,028 0,031 ‘0.030 37,0 27,0 0.1.06 0,078 -‘0.057- 0.085 0,055 .114 0.000
2022 . 0.020’ 0.027 . 5031 . 0.030 37,9’ . 28,4 0.201 0.079 , 5555 0080 . 0256 , 114 0.000 .

‘‘2023’’ , 0.029 0.028 0.032 0,031 38.9 ‘ 292 ‘ 0.206 . . .0,585 . .0.059 0.089 0.057 114
2024’ 5029 0,029 0.033 0.032 359 29.9 0211~ ‘0,081 .0,060 02000.050 114.
2025 0.030 ‘0030 0.034 0.033 ‘ 40,8 30.6 0,216 0,083 0.061 0.092. . 0,058 . 114
2020 0.031 0.030 . 8,034 0,933 412 3t4 ‘ 0.222 00184 .. 0,061 ‘ 0.093 0,059 . 1t4
2027 . 0.032 0,031 ‘ 0.035 0.034 . 42,9 ‘ 32.2 0,227 0.085 . 5062 0.094 0,060 114
2020 .0.032 0,032 0,038 0.035 44.0 33.0 . 0.233 0.006. 0263. 0,006 .‘ 0.051.. 114
3539 0.033 0,033 0,037- 0.036 45.1 33.6 .- 0239 0,008 ‘ 0.054 00157 0.052.. . 114 —
2030 . . 0,034 0,033 ‘ 0.038 1.037 46.2 34,7 . 0245 .0.089 2.065 0.099 0.063 , 114
2031 ‘ 0,035 0,034 0,039 0238 47,4 32.5 ‘ --0251 ‘. .0,050. 0.006 . 0100 0.064 114.’
2032 0.036 0.035 0.040 0.039 .48.6 . 36.4 0257 ‘ 0.091 0,067 ‘0,102 0,065 114
2033 0.037 0.036 0.041 0,040 . 482 37.3 0264 11.093 ‘- 0268 0,103 0.060 114
2034 . ‘ 0.038 . . 0.037 ‘0,042 0,041 .51.0 383 ‘ 0270 0.094, .0,060 .0,104. 0,067, ‘ 114 ,

2035 ‘, 0.039 80138 0,043 0242 52,3 392 0277 . 0,555 0,070 0.106 -. 0.067. ‘114
2036 0.039 0,039 2.044. . 0.043 52.5 402 .0284 0,097 ‘ 0.071 0.108 0,088 114
2037 ‘ 0.040 0.040 0.045 ‘ 0.044 -54.5 412 . 0291 2.090 . 0.072 0.109 . 0,009 . 114
2038 0.041 0.041 0,048 0,045 56,3 422 ‘ 0298 . 0,100 ‘ ‘ :8,073 0,111 11.070 . 114
3039 0.043 0:043 8,047 0.046 577 43.3 . 0.306. 2.101. 0.874 0,112 .0.071 ‘-114.’
2840 ‘ 0.044 0.043 0.049 .2,047 592 44.4 0,313 .2.103 0075. .0.114 :5.073 114

Leveliand . . ..

(2006-2040) ‘ 0,034 0.034 . 0.038 0.037 39.7 29.5 0.160 . ‘ . . .
(2006-2040) , 0,034 0,034 0.038 ‘ 0.037 . 40.7 ‘ 30.0 0.191 ‘.

Syears (2508-12) ‘0.037 0.037 0.041 0.040’ 20.0 ‘ 153) 0.515 . . .
Ittyears(2006-17). 0.035 0.034. 0.039 . 0.038 22.0 19.5 0.087 , ‘

l8yecrts(2008-22) 0.033 0.032 0.037. . 0.036 22.4 ‘ 22.0 Ô.120
Fy10 2068
PVOo250S

Notes: . . . .

= I) Copacity price converted tci’SIkWh at annul os-peak summer load factor.. ‘ ‘ . ‘ _‘ .
2) Projected environmental cosls represeot costs that are not yet internalized. SustainObirdy Targni = Allowance Price Qrrlerndized value).- Esvirosrseotol Cost

o . . . E.-35
o ‘ -All Avoiderl Costs are Is NorritalS; Peak hours are: Monday Ihruogh Friday 6am- 10pm; Off-Peak Hours ure: All other hours.

-55 ‘icludes Jute through September WInier mull other trtontrs
Cr~ Sr rgyEcovonics—AESC2007 Rests 7



EXHIBIT ru-i MA-N$

(2008-2048)
- (2000-2048)

0 years (2008-12)
10 years (2008.17)
15 years (2008-22)
PVto 2000
PVtn 2505

AESC Nominal Dollar Avoided Cost Results by Screening Zone
NOTE: Peak hours are: Monday through Friday tarn —10pm; 0ff-Peak Hours are: Alt other hours

Bummer forerrergy values includes June through Septembeff Winter is all other months
AS Costs inolude losses on lire ISO-adodoislered Transmission System. OSM savings should iodide dislrib000n nod lmttl loaosrmission losses

Formatted for ioptrlto OSM soreooirrg models

Et.SCTRIC AVOIOPO COSTS

Inflation 2.5%
Retail Adder 10%

Nvrrdnol Disosunt Rats 4.8%
Capadly Losses: Generation In ISO Detects 3.4%

Zooal 0n4’oak Summer Load Factor 63%

Wholesale Power Prioe. Nothinal Dollars

All of Massaoh,~-.vtts DRIPE far lnstallalkrrr in 2008 DRlPEf~ Instaltatlo’s in 2009

Winter WInter Off- Summer Summer Annual Wloa Winter Off- Summer Summer Annual winter Winter Ots. summer Summer Annual
Peak Peak Peak Off-Peak Market Peak Peak Peak 011-Peak Market Pe~ Peak Peak Off-Peak Market

Capacdy Capaorty CapacoyEnergy Energy Energy Energy Value Energy Errorgy Er,eruy Energy Value Energy Energy Energy Energy Valae

Units:

Period:
2097
2008
2009
2010
2011
2912
2013
2014
2015
2016
2017
2018
2619
2020
2021
2022
2023
2024
2025
2026
2027
2020
2029
2030
2631
2032
2033
2034
2035
2036
2037
2038
2030
2040

Lareelized

SIkWh SikWtr SlkWh $ikWh 91kW-yr 9/kWh 5/kWh 5/kwh S/kWh 51kW-yr S/kWh 9/kWh S/kwh SlkWlr 51kW-yr

0.094 0.069 0.095 0.072 -

0.108 0.000 0.100 9.075 - 0.016 0.613 0.1225 0.012 - - - -

0.103 0.075 0,102 0.074 - 0.040 8.038 0.088 0.005 - 0.037 0.014 0.030 0.012
0105 0.077 .0106 0.072 65.1 0.046 0.037 0284 0.034 78 0.650 0.040 0.090 0.037
0103 0.076 0107 0.072 120.4 0.025 0.023 0.052 0.021 155 0.047 0.030 0.0W 0.035
3.106 0.075 0.111 0.077 136.1 102 3.030 0.024 0.053 0.022 158

1 0.075 0.105 0.075 150.3 46 104
0100 0,077 0.112 0.070 104.1 45
0.1119 0.080 0.120 0279 155.0
0115 0.063 0.124 0.005 161.9
0.121 0,087 0.130 0.086 165.5
0,121 0.006 0132 0.009 170.1
9123 0.085 0.138 0.889 174.3
0125 0.094 0.142 0.052 1757
0133 0.067 8.152 0.096 183.2
0.141 0101 0150 0.100 187.8
0146 0.105 0.165 0.104 192.4
0.152 0.109 0.171 0.105 197.3
0158 0.113 0.l78 0.133 2022
0.164 0118 0105 0.117 2072
0171 0122 0.153 0,122 212.4
0.l78 0.127 0200 0.127 217,7
0.185 0.332 0205 0.132 223.2
0.152 0130 0216 0.137 228.8
0200 0.143 0.225 0142 234.5
0200 0,149 0.234 0.148 240.3
0216 0.155 0243 0154 246.4
0225 0103 0253 0.100 252.0
0234 0,167 0263 0.167 250.5
0.243 0174 0274 0.173 265.3
0253 0.101 0285 0100 271.9
0263 0.108 0296 0.187 270.7
0273 8.196 0.305 0.195 283.7
0.284 0204 0.320 0203 292.5

0.144 0.104 0.157 0.103 162,3 0.008 0.005 0.514 0.006 18.5 0.807 0.006 0.013 0.005 14.5
0.146 0.106 0.160 0.104 172.3 5.007 0.006 0.013 0.005 20.1 0.806 0.006 0.014 0.006 15.4
0105 0.070 0,105 0.074 63.0 0.028 0.023 0.001 0.023 63.4 0.020 0.022 0.000 0.020 25.8
0.105 0.079 0.111 0.077 103.8 0.016 0.813 0.829 0.012 392 SOlO 0.013 0.028 0.011 30.6
0113 0.083 0.119 0.051 1231 0.012 0.010 0.021 0.009 29.5 0.012 0.005 0.021 0.908 22.6

0.130 0.300 0.234 0.055 3262 0.127 0.103 0205 0.093 250.0
0.133 0.105 0240 0.097 262.0

Notes:
I) Capacily pdoe converled In SIlilVlr 080nnal on-peak somber load Iaotnr.
2) Projeuled environmental nov15 represent souls that are out yetinlemaioed. Saslainabilily Targot~ Allowance Pdoe 9olematzed value) + Eooirorrnnenlal Cost

-All Avoided Costs are in NondnalS; Peak hours are: Monday through Friday 6am— 10pm: 08-Peak Hours arm All 015cr hours.
-Summer includes Jane Srrough Seplemnbe~ WinIer 10 all other months.
Synapse Energy Oconnndos—ASSC 2007
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EXHIBIT E-1 MA-NS

AESC Nominal Dollar Avoided Cost Results by Screening Zone
NOT!r Peak hours are: Monday through Friday Earn .iOpm; Ott-Peak Hours are: All other hours

Summerforenergy valuesinoludos Junethrough September; Widens all otlrermonlhs

At COsts include losses ontite ISO-adrrdnislnrocl Transmission System. OSM savings should include distribution and Iocsl ttansmissiorr Issoen FCM phase-in
2015-lI 60%

Formatted for inp0000 OSM soreening models 2011-12 60%
2812—13 100%
,ftrt1~ lnnts

Wholesale Power Price, t~ninaI Dollars Inputs (Real 20075)
• FCM Reoenoe

Additional COZ Costs (not an avoided costi -

Jy~ote~ do not add to avoided s!s Avoided Costs before Add”’s and lollr”,n REC Costs DRIPS for Installations in 2008 DRIPS forlostallatioss)n 2009

winter winoeroti- Summer summer Summer ~ On•eak Winter WinlerOff- Summer Summer Annual ICAP Winter Winter1 Summer Summer Annual Winter Winter1 Summer Summer Annual
Peak Peak Peak 0ff-Peek June, July, December, Peals Peak Peak Ott-Peak Market A8 Energy Peak Peak Peak Ott-Peak at Perik Peak Peak Oft-Peak Market

Energy Energy Energy Energy August January Value5 Energy Energy Esergy Energy ~~lne Energy Energy Energy Energy V~la~’ Energy Energy Energy Energy

month SIkW-mnnth ~ 01kW-yr ~tlkWb 08W-yr $lkWh $lkWh $llcWh $lkWh $lkW-9r 585Mb ~ ,~ ~

2007 0037 0036 0041 0.040 _________ 0.084 OWl 0.085 0.004 5-150
2008 0.030 0.037 0.042 0.041 9.5 7.2- 0.094 5-070. 0.087 0.066 5-156 482 0.016 0.013 0.029 0.012
2009 0.077 0.036 0.041 0.040 10.2 8.2 0_nsa 0.007 0.007 0.062 0_log 45.2 0.046 0.037 0.003 0.284 ~‘ 8.016 ‘~)~ ~FS2)1Y
2010 0.038 .0,037 0.042 0.041 212 152 0.076 0.007 0.063 0.207 0.056 - 67 0.167 191) 0.043 0.035 0.078 0,031 72 0,046 0.037 0,083 0.034
2011 8.839 0.038 0.043 0.042 28.9 21.7 0.145 0.093 0.068 0.086 0,038 114 8.181 0.026 0.021 .0.047 0.019 140 8,043 0.039 0.878 0.031
2012 0.035 0.034 0.036 0,030. 292 222 0,1660,0830,062 0.088 - 0.189 90 0.026 0.021 0.047 0.019
2013 0.834 0,03.4 0.038 0.037 30.4 22,0 0.181 0.078 0057 0.084 0.057 114 0.191 40
2014 - 0.034 0.033 8.037 0.035 31,1 23.3 0i05 0.001 0,057 0284 0,058 114 0.187
2015 0.833 0,032 . 8.037 0.830 31.8 . 23.9 0.190 0.008 0.059 0.008 0.057 114 0.176
2018 0,032 0,032 5,036 0,835 32.7 24.5 0.196 0,082 . 0,059 0,008 0.008 114 0.155
2017 0,031 0.831 .0.035. 8.034 .33.5 25,1 5,200 8.084 0,0610,0910,890114. 0.127
2010 8.030 8,030 . 0,034 . 0.833 - 34.4 20,9 0205 -0.083 0.061 0,090 0,861 114 0,092
2019 .0,029 0,338 0233 0,032 352 20,4 0210 0.003 0,068 0.092 0.000 114 0,249
2520 0.028 0.028 0232 0.831- 35-1 27.1 8.215 __~9~__ _92~. _99~i_ _9&~i._ 114 0.000
2821 0,820 0.028 0.031 0,030 37,0 27.0 8,220 0,886 8.062 0.098 0.062 114 0.080
2022 8,028 0.027 0.031 0,030 37.9 . 29.4 0,220 0.880 0.063 0.099 8.063 114 0.000
2023 8.029 0.028 5-032 - .0.031 30.9 292 0,232 . 0.889. 0054 5.101 0.054 114
2024 0,029 0.029 . 0,033 0.032 39.9 29,9 0,237 0.091 0,065 0.102 0055 114
2028 0,030 0.030 0.034 8.033 48,8 30.6 0243 0.092 0.066 0,104 01166 114
2026 0,031 0,030 0,034 . 0.033 41.9 31.4 . . 0249 0.093 0.067 0,105 0,007 . 114
2027 0.032 0.031 5,535 0.034 ‘42.9 32.2 0256 0.055 0.060 0.107 0.008 114
2029 5-032 0.532 0236 0235 44.0 33.0 0262 0296 0,869 0.180 0.069 114
2025 0.033 0,033. 0.037 0236 45.1 33.8 026 0.008 5.075 0.118 0.070 114
2535 . 0234 0.033 0,035 0.037 462 34.7 0275 0.099 5.871 0.112 8.071 114
2831 . 0,035 0.034 0.039 0,039 47,4 35.5 0.282 0,100 0,072 0.113 0,072 114
2032 5,036 .0.035 01)40 0,039 -48.6 30.4 . 0289 0.102 0.073 0,115 8.073 114
2033 . . 0.037 5535 0,041 0,040 45.6 373 0286 0.103 0.074 0.116 0.074 114
2034 0.038 0.037 5.042 . 0.041 51.0 . 383 0.304 5-105 0.075 0.118 0.075 114
2635 . 0239 0.030 0,043 0.042 52.3 392 0,311 0,106 0.076 0,120 0.076 114
2036 . 51139 5,039 . 5244 0.043 03.6 402 0.319 0,108 0.077 0.122 .0.077 114
2537 0.040 0.040 0,045 0,044 54.9 412 0.327 0.109 0.078 0,123 0,078 114
2038 0.041 0,041 0,046 5245 56.3 422 0,335 0.111 0.055 0.125 0,079 114
2039 0,543 5042 0.047 . 0.049 57J’ 433 0,344 0,113 0,001 0,127 8,080 114
2040 0,044 0,043 0,049 0,047 692 -444 0,382 0,114 0.082 0.129 0.001 114

evettzed
(2088-2840) 0.034 0.033 0.038 . 0237 34.7 26.0... 0211 . . .

(2089-2045) 8.034 0,033 .5.038 0.037 35-2 272 . 0215
Syears(2008-12) 0237 0,037 0.042 8.040 19.5 . 14.6 0,016 . . .

loyears(2008-17( 0.035 0.035 0,039 0.038 25.0 10.7 0.098
l5yeurs (2008.221 0.834 0,033 0.038 0.036 27,8 20.9 0.135 . . .

PVto 2508
PVto 2559

Notes:
1) Copanily price converted In S/kWh atzonal sn-peak summer luud Iticlor. : .
2) ProJected enoironmental costs represent nests that ore out yet inlemalired. SustoinabilltyTorgei” Allowance Price Ontemotzed value) s- Eoviroswontal Cost

E-37
-AS Avoided Costs are in NorrdoalS; Peak hours are: Morrduy through Pridoy Oum- 10pm; Off Peak Hssrs are: All other boom.
-So” ncladeo Jane through Soptelrrber; lidnter is oil other monlits.
S orgy Eoonsrrdrts—A8SC2007 . . Retrim ‘17



EXHIBII u-i NH-NS

0
0
0

01

0.137 0,101 0.147 0.098 162.3
0,139 0.103 0.151 0.109 172.3
0.099 0.075 0.097 0.070 61.0
0,102 0.076 0.104 0.073 103.8
0.109 0.000 0.112 0.077 123.1

0.004 0.003 8007 0.003 11.0 0.007 0.006
0.004 0.003 0.006 0.003 11.9 0.007 0.006
0.020 0.022 0.040 0.021 66.0 0.026 0.022
0.013 0.011 0.023 0.010 38.0 0.014 0.012
0.009 0.007 0.015 0.007 25.4 0,011 0.000
0.119 0.104 0213 0.096 3262 0.117 0.102

0.122 0.107

AESC Nominal Dollar Avoided Cost Results by Screening Zone
P40800 Peak hours are: Moodaythrough Friday 6am - 10pm; 0ff-Peak Hours are: All other hours

Summerfor energy values includes June through September; Winter is all other months Isfialion 2.5%
A0 Costs include losses on the 100.ads’4nistererl Transmission System. DOM savIngs should include dishibuSus asd local lransrrdssrun losses Entoil Adder 10%

Norrdnal Discount Rate 4.8%
Formatted for iuputto DSM sareening models Capadly Losses: Goseralicu 10100 Deivery 3.4%

Zsnal Do-Peak Sortuser Load Factor 66%
CI tflDIf 0~?flIflCrI COSTS

9/kwh 9/kWh 9/kWh

Wholesale Power Price. Nominal Dollars

New Haaenn-v DRIPEI’ lestalla0n in 200n ... DRIPE for Inslallationo In 2009

WInter Winter Off- Summer Summer Wiuter Winter Ott- Summer Summer Wluter Winter Off. Summer Summer Annual
Peak Peak Peak Off-Peak ~ Peak Peak Peak Ott-Peak ~ Peak Peak Peak Off-Peak

Energy Energy Energy Energy Value Energy Enorgy Energy Energy V~ue Energy Energy Energy Energy V~uo

9/kW-yr S/kWh 9/kWh S/kWh S/kWh S/kW.yr S/kwh $lkWh SlkWh $lltWti 9/kW-yrUnits:

Period:
2007
2008
2009
2010
Soil
2012
21113
2014
2015
2016
2017
2010
3010
3020
2021
2022
2023
2024
2020
2026
2827
2020
2029
2030
2031
2032
2033
2034
2035
2036
2837
2030
2039
2040

Lenellzed
(2009-2040)
(2009.2040)
5 years (2009.12)
10 years (2009.17)
15 years (2008-22)
PVto 2050
PYIo 2009

0.012
0.013
0.046
0.025
0.010
0.200
0218

0.005 14.5
0.006 15.4
0.020 28.0
0.011 30.6
0.608 22.6
0.093 250.0
0.090 252.0

Notes:
1) Capasity price 000verled to S/kWh atuonal un-peaksummer load krotur.
2) Prr~ested environmental rusts represent Gusts that are not yet isteruelizerl. Sustoinability ‘Tergnt= Allowance Price gutnmartzed value) + Ennlrusmental Cost

.All Avoided Costa orals NorrdnalS: Peak hours are: Munday through Friday 6am- 10pm: Off-Peak Hours are: Mother hours.
-Summer includes June through Seplemhet Winter is all other rsunths.
Spoopse Energy Esunurrins—AESC 2007

E-38

Reslued 8/31/07



EXHIBIT B-I NH-NS

AESC Nominal Dollar Avoided Cost Results by Screening Zone
HOTEf Peak hours are:Monday through Friday Earn -10pm; Off-Peak Hours rire: All other hours

Summerforenergy values includes June through September; Winteris all other months
All Costs include losses on the ISO-adndnistered Transmission System. OSM surings should include dlstdbufion and oval transmission losses

Formatted for input to 1)818 screenieg models

WhnlesalePowerPrIce, Nominal Dollars Inputs (Real200lS) -

• FCM Revenue
Addjtlnnal CO2 CostS (nut an avoided cost; -

~ ~ donorr,ddtuesoi4 ~ AeuldedCeo_Cost ‘~)g05Ad~ sand inilu n SEC Costo r)RlPEfe,-rnstallaoermln 2008 DRlPEfr”-’nsta5ationsin2009

On-Peak - Annual CAP - Annual A al
Winter Winter Off- Summer Summer Summer: Winter: Summer Winter Winter Off- Summer Summer 18 th Winter Winier Of Summer Summer 18 Winter Winter Of Summer Summer
Peak Peak Peak Off-Peak June, July, December, C~~ecSy Peak Peak Peak Off-Peak c ~ All Energy Peak Peak Peak 0ff-Peak Peak Peak Peak Off-Peak ~mb0~t

Energy Energy Energy Energy August January Value0 Energy Eeergy Energy Energy ~1’~ Energy Energy Energy Energy ~~e46 Energy Energy Energy Energy

Urilos: $lkwls SlkWh 51154k $lkWh ~ 0%W th 211085 $lkWh SlkWh SlkWh - S/kWh S/SW-yr ~0kWb 91kW-yr S/kWh SlkWln S/kWh S/kWh 21kW-yr 2/kiNk S/kWh S/kwh S/kWh 51kW-yr

Period, - -

FCM phase-in
2010-11 60%
2011-12 80%
2012-13 100%
9519_It 15014

212 - 15.8 0.073 0.003 0.062 0.081
28.6 - 21.7 0.134 0.070 8.050 0.080 -

20.6 22.2 0.154 0.580 - 0.065 0.083
30.4 22.8 0.160 0.076 8.055 .0579
31.1 23.3 . 0.172 0.078 0.056 0.081
31.9 - 23.9 5.179 0,077 - 0.056 0.002
32.7 -24.5 8.180 0.079 0.057 0.004
33.5 25.1 - 0.185 0.002 0.060 0.087
34.4 25.0 0.100 0.080 0,059 0.085
352 .26.4 0.104 0.000 0.058 0.088
~ 27.1 . 0.196 0.081 0.060 0.009

37.0 27.0 0204 . 0.082 0.061- 0.081
27.0 . 28:4 0209 8.004 0.062 0.004
38.9 292. - 0214 0.085 - 0,063 0.095 -
36.6 28.0 - 0.220 0,086 0,064 0.097

- 40,0 30.6 .0255- 0887 0,065 0.098
41.8 31.4 - 0231 0.089 0065 2.100
43.5. - 32.2 0237 0.050 8.066 -0.101
44.0 , . 33.0 0243 0.091 0.867. 8.102
45.1 .‘ . 33.8 0249 0.093 0.888 - 0.104

- 34.7 0255 0.094 2.069 0.105
47,4 - 35.5 0261 . 0.095 0,1)70 0.107
46.6 30.4 0269 0.067 8.071 0,109
49.8 37.3 0275 0.098 0.572 0.110.

‘-510 38.3 . 0281 . . 0.100 8.073 0.112.
92,3 362 0288 0,101 0.074 0.113 -

53.6 . 402 0206 0.103 0.076 0.115
54.9 412 .0.303 .0.104 0.077 0,117
06,3 . 42.2 0.311 - 0,105 0.078 . 0.118 -

577 433 . 0.518 0.107 0,079 . . 0.120
- 592 . 44,4 0,326 0,109 0.080 0.122

8.034 0.034 0,038 0.037 393 . 20.8 2.195
0,034 8.034 0.038 - 0.037 40.7 30.5 0,199
0.037 - 0,037 0,041 0.040 20.0 15.0 0.018
0.039 0.034. 0.039 0.038 26.0 19.5 0.000
0.033 0.032 0.037 0.036 20.4 22.0 0.125

Noles:
1) Capacily pricecooveriedtn S/kwh olzonul on-peuksummerloud facius . . .

2) Ppheclvd evvIrunmeotrd costs represent costs glut are not yetintemallued. SustuinubislyTaruel Allswanse Pr/ce 9ntervaozed value) * Enviruumnrrlal Cool

Levetized
(2008—2040)-
(2009-2046)
S years (2050—12)
loyears(2009-17)
15 years (2088-22)
PYto 2008
PV to zoon

0
‘All Avoided Cools ore in NorrivolS; Pent hours ore: Mouduyitrroogh Fdday 6nm- 10pm; Off-Peak Hours ore: All other hours.
-So” lvcludesJunnthrou~hSeptembet;lStnterisu0 other months.

C~e3 S leroy Econurrdcs—AESC 21107
as
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EXHIBI —~ RI-its

0
0
0

Inflation 2.5%
Retell Adder 10%

Nneinal Disosunt Rate 4.8%
Capacity Losses: Generation to ISO DelIvery 3.4%

Zonal On-Peak Sanrener Load Factor 6I°h

Wirntesate Power Price, Nominal Dollars

Rhode blur d DRIPE for InstalTatie-r— in 2008 DRIPE for Installatin in 2009

winier winter Ott- Summer Summer Annual Winter Winter Off- Summer Summer n~~ul winter winrer’oft- Summer Summer Annual
Peak Peak Peak Off-Peak artret Peak Peak Peak Off-Peak Market Peak Peak Peak Off-Peak

Capaorty Capacrty CapacrtyEnergy Energy Energy Energy Value Energy Energy Energy Energy Value Energy Energy Energy Energy Value

SlkWh SIkWh $lkWir SfkWh 51kW-yr $lkWh $lkWh $lkWtr 58106k 01kW-yr $lkWlr $!kWh $IkWh 88109k 51kW-yr

— 0.015 9-012 0.025 0.011 — — — - - —

- 0.065 0.036 0.1174 0.033 — 0,015 0.012 0.025 0~tl1
60.1 8.043 0.035 0.071 0.032 70 0.046 0.037 0,076 0.034
120.4 0,027 0.002 0.044 0.030 105 0.044 0.036 0.073 0.033
130.1 102 0.028 0.022 0.045 0,020 150
150.3 46 104
154.1 40
155.0
101.9
105.9
170.1
174.3
170.7
1032
187.8
102,4
107.3
202.2
2072
212,4
21.7,7
2232
228.8
234.5
240.3
246,4
202.5
250,8
265.3
271.9
278.7
205.7
252,8

162,3 0.007 0.006 0.012 0.005 10.9 0.007 0.006 0.011 0.005 14.8
172,3 0.007 0.005 0.011 0.005 20.1 0.007 0.006 0.012 0.0G5 15.4
61.0 0.026 0.021 0.043 0.019 63.4 0.026 0.021 0.043 0.019 28.8

103.5 0.015 0.012 0.824 0.011 39.0 0.014 0.512 0.024 0,011 30.0
123,1 0.011 0.009 8.018 0.008 20.5 0.011 0.009 0.018 0.005 22.6

0.121 0.050 0.198 0.085 3262 0.115 0.096 0.194 0.007 250.0
0.124 0.100 0.203 0.091 262.0

AESC Nominal Dollar Avoided Cost Results by Screening Zone
NOT~t Peak hours are: Monday through Priday 6am —10pm; Off.Peak I-foursome All other hours

Summerfor energy valnes includes Jane throogir September; Winter is all olhermonthe
At Cools ioclodn losses orb tIre lSO-adrcioistered Transmission Systam. DSM savings shnute include dislributino and local lraesnission losses

Formatted fur input to OSM screening models

0 n,v’n n,u,,,,er, COSTS

Units;

Period:
2007
2058
2009
2010
2911
2092
2013
2514
2015
2016
2017
2018
2015
2020
2021
2022
2523
2024
2025
2026
2527
2025
2029
2030
2031
2532
2033
2834
2030
2036
2037
2030
2039
2040

Leeelized
(2050-2040)
(2059-2040)
0 years (2008-12)
15 yours (2008-17)
‘15 yearn (2005-22)
PVto2008
PVto 2809

0,143 0.103 0.104 0.102
0.145 0,105 0.150 0.104
0.104 0.077 0.103 0.071
0.106 0.078 5.109 0.074
0.112 0.002 0.118 0.079

Nelem
1) Capacity price converted On SlkWir atzenal un-peak summer lead faclor.
2) Projected ensiroonmntol 005% represent costs that are not yet inlernafized. Onvrainoklrdy Target = Allowance Prfoe lintnroorured valae) + Ensirvernevial Cost

-All Avoided Costs are in Nnninals: Peak bronco ore: Monday throngs Friday 6am - lOprer; Otf-Peok ‘fours are: All other hours.
-Sonrnreriooladeslano lirrousir Seidember; rtilrrlnr is all other manOrs.
Synapse Energy 1100nerrdos—AESC 2007
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EXHIBIT 6-1 Rl-N$

Levelized
(2808-2940)
(2009-2040)
0 years (2008—12)
10 years (2009-17)
16 years (2508-22)
PVOo 2000
PV to 2809

26.0 0211
27.2 0.215
34.5 0.015
18.7 0,088
25.9 0,135

-Al Avoided Cvvts are in NoodoalS: Peek hours arm Mondoy through Fodoy Euro- l0poo OtiPouk Hours ore: Alt other hours.
-5: scludes June through SeptembeC Wnter is all oIlier months.
S orgy Ecoooodcs—ASSC 2007

FCM phone-in
2015-11 69%
2011-12 83%
2012-13 100%
2013-14 300%

AESC Nominal Dollar Avoided Cost Results by Screening Zone
NOTh Peak hours are: Monday through Friday Oars -10pm; 0ff-Peak Hours am: All other hours

Summer foreoergy values (euludos June through September; Winter is all other months
At Costs incbde losses on the ISO-adndntstoreulTrunvrninslon System. DSM naoings should include divldh000n and toool Iranorodsolon losses

Formatted for iopon no DSM snreoolog models

Uoits:

Period:

Wholesale Power Price, F minal Dollars Inputs (Real 20072)
• . FCM Revenue

Additional C02 Costs - (notao avoided cost;
J~5yto~g)gy~ ~. do no’ odd to avotdo gsts_ . Anvidéd Cost eforeA& saodtoflubur 600 Costs — ORtPEfortustallattv.’sin 2008 — DRlPElorIostaSatf”stn 2009

Winier Winter Off- Summer Summer Summec 1Wii~ ~n-t°e winter winter off- Summer Surmnmr Annual CAP winter wieter Of Summer Summer Annual Winter Winter 0 Summer Summer Annual
Pdak Peak Peak 0ff-Peak June. July. Denen,ber, - Peak Peak Peak Off-Peak Market AU Energy . Peak Peak Peak 0ff-Peak Market Peak Peak Peak Off-Peak Market

Energy Energy Eoergy Energy AuguSt January Energy Energy Eeergy Energy ~ . - Energy Energy Energy Energy Energy Energy Energy Energy

$lkWh 0/kWh 0/kWh $8A’Jti ~ ~W-ononnh 5/kWh 0/kwh $IhWh 0/kWh S/kWh 515W-yr 11/kWh 91kW-yr h/kWh S/kWh 2/kWh $lkWh SfkW.yr S/kWh h/kWh S/kWh 0/kWh 51kW-yr

0.037 0.036 0.041 0.040 _________ n.0n3 . 0.061 0.094 0.003 - 0.050 — — -

0.035 0.037 0.042 0.041 .5,5 7,2 0,095 0.069 0.087 0.065 - 0.067 40.9 0.015 0.012 0.024 0.010 - - - —
8.037 0.036 0.941 0.045 10.9 82 0,087 0.008 0.088 0.060 0.070 45.2 0,043 0.035 0.070 0.034 — 8.015 0.012 0.024 0.010
8.038 0.037 0.042 0.041 21.2 15,9- 0,57S 0.006 0.064 0.087 8.050 67.. 0.003 18.00,040 0.033 0.005 0.030 72 0.043 0.035 0,070 0.031
.0239 0.038 0.343 0.042 28.9 21.7 0.145 0,082 -0.060 0.035 0.056 114 0.108 0.020 0.020 0.040 0.018 140 0.048 8.033 0.066 0.330 —

5-035 0.534 0.036 0,035 29.6 22.2 0,157 0.083 0.081 0.015 0,058 - 114 0422 95 0.025 0.028 0,040 0.018 140
0.034 0.034 0.035 0.037 30.4 22.8 - 0.181 0.078 0.057 0.082 0.006 - 114 0.131 40 95
0.034 0.033 8.037 0.036 31.1 23.3 0.156 0.051. 0.057 0.003 0.055 114 0,135 . 40
0.033 0.032 0.037 0.036 -. 31.9 23.9 - 0.190 0,079 0.057 0,086 8,055 114 0.141
0.032 0.032 0.036 0.035 32.7 24,5 0.195 0.081 0.059 0257 0,058 114 0.134
5-031 0.021 8.039 0.034’ 33.6 - 25.1 8203 0,004 0,061 0.090 0.059 114 0.116
0.030 8.033 0.034 0.033 34.4 - 25.0 0205 5.063 0.000 0.088 0.060 114 0.888
0229 6.028 0.033 0032 352 26.4 0210 0,083 0.063 0.881 - 0,060 114 0.049
0,028 0,028 0.032 0.031 36,1 27.1 0.216 0.083 0.062 0.053 0.061 114 0.000
0.028 0.028 0.031 . 0.030 - 37.0 27.5 0221 0.064 0.063 0.096 0.061 -- 114 0.005
0.028 0.027 0.031 0.030 - 37.9 - 28.4 0226 0.009 0.063 0.098 0.004 114 0.003
0.029 8.025 0.032 0.031’ 30.9 . 292 0.232 0.050 0.064 0.099 0.064 - 114
0.029 0.029 0.033 - 8.032 - 39.8 29.9 5.238 0.091 0.065 0.101 0.060 114
0.030 0.030 0.034 - 0,033 40.8 - 30.6 0344 0.093 - 0.065 5-102 8.066 114 -

0.031 5-030 0.034 0.033 41.9 31.4 0235 0.094 0.066 0.104 0.067 - - 114
0.032 0.031 0.035 0,034 - 42,9 322 0.256 0.095 0.067 0.105 0.060 114
0,032 0.032 0.036 - 0,035 44.0 33.0 0.203 0.097 5.068 8,157 0,069 - 114
5-033 8.033 0.037 - 5-036 45.1 33.8 0269 0.098 9.068 0.108 0.070 - 114 -

5,034 0,033 0,038 0,037 462. 343 0276 0.100 -0.070 8.110 0.071 114
5-035 0.034 0.039 5,035 47.4 - 35.5 0253 .0.101 0,071 0.112 0.872 .114
0.036 0,835 0,046 2.039 48.6 36.4 0380 - 0.102 0.572 0.113. 0,073 114
.0,037 0,036 0.041 0.045 49.8 373 0297 0.104 0,073 0,115 0,074 114
0.038 0,037 0.042 5.941 51.0 353 0.305 0.105 0.575 0.117 0.076 114 -

04139 6.038 6,043 0.542 - - 62.3 392 0.312 0,107 0.076 0.118 0.077 114
0.039 0.839 0.044 9.042- 93.6 402 0,320 . 0.109 0,077 .0,120 - 0.075 114 -

0.045 0.040 5-049 0.044 54.9 412 0320 0.115 0.078 0.122 5-079 - ‘114 -

0.041 0,041 0.046 - 0,045 56.3 - 422 0336 0.112 0.079 5-123 0.085 - 114 - .

0.043 - 0.042 04147 0.046 57.7 43.3 0.345 0.113 - 0.000 0.125 0.081 -114
0.044 0.043 0.049 - 0.047 562 44.4 0.353 0.116 0,051 8.127 0.002 114

- 0,034 5.033 0,035 5-037 34.7 .

0.034 0,033 0.038 0.037 362 . . . .

0.037 0,037 0.042 0.040 - 10.5
0.035 0.035 - 0.039 0.038 25.5
5-034 0.033 0.030 0,036 - - 27.8 - . .

Norm:
1) Cupadtypdcn converted 105/143% atzonol no-peak summer load fanlor.
2) Prptecled eooironmenlat costs represent coslothatore ootyet/nlernolized. Sustoinotdlity Torget” AilowancoPrfce 5vlemnlized value) • Envimorneutal Cost
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0
0
4~h
(.3
co R68in’ ‘17



-All Avoided Cost, ares Nonrinals; Pealt boors are: Moodaylbrougfl Friday Earn- lOprrt Ott-Peak Hoots are: 101 other hoots.
-Surrnoerlsclodesjooe throogh Sepleo,ber Wioteris all other rosoths.
Synapse Energy E0000edcs—ASSC 2007 Revised 8731107

EXH(Bl~ - a-Ns

AESC Nominal Dollar Avoided Cost Results by Screening Zone
NOTE: Peak hears are: Mornday through Friday 6am - 10pm: 0ff-Peek Hours are: All other hears

Summer for ecergy values leolades June through September Winter is all other months Inflation 25%
All Costs inclode losses oo the ISO-adoioistered Traosmission System. IJSM sayings shouki indode disbthoboo aod local traossrissioo losses Retail Adder 11%

Nominal Discoont Rate 4.8%
Fentrattedforiepetto OSM screeeing models Capacity Losses: llenern000 10100 Dellvery 3.4%

Zonol 00-Peak Sornroer Load Factor 66%
ELECTRIC AVOIDED COSTS

Wholesale Power Price, Nominal Dollars

Vermont ogiin~ for lesnatlations in 2000 - ORIPE t-oiestunllatio-n— in 2000

W’nter Wot rOOf Somme S mmer A I 157 to WiolerOff Summe S mm A I Wieter 57 in Off S mmer S mme Ac uai
Peak Peak Peak Otf-Peak Market Peak Peak Peak Ott-Peak Market Peak Peak Peak Ott-Peak Market

Energy Energy Energy Energy Energy Energy Energy Energy Energy Eoergy Energy Energy

61kW-yr 0-kWh 0-kwh 0-kwh 0-kWh 61kW-yr $ltiWlr 0-kWh 0-kWh 0-kWh 81kW-yr

0.010 — - - - — —

0.030 - 0.015 0.012 0-026 0.010 -
0.029 70 0,045 0.030 00fl - 0.031 -

0-018 155 0.043 0,034 0.074 0.029 -

Units:

Period:
2057
2000
2009
2010
2011
2012
2013
2014
2019
20l6
2017
2010
2019
2020
2021
2022
2023
2024
2025
2026
2027
2020
2029
2030
2031
2032
2033
2034
2035
2030
2037
2030
2039
2040

Lovelteed
(2000-2040)
(2009-2040)
0 years (2005-lZj
10 years (2000—17)
10 years (Z000_22)
PV to 2000
PVto 2009

0-kWh SIkWh SlkWh $IkWh

0,096 0,07I 0.097 0-073
0.109 0.002 0101 0.070
0.105 0.081 0105 0.074
0107 0.080 0.100 0.075
0103 0-077 0107 0.073
0.107 0.000 0.112 0.070
0,106 0.076 0.113 0.077
0.111 0.079 0.116 0.079
0,112 0-080 0.120 0,001
0116 . 0.005 0125 0.057
0124 0.090 0.131 0.086
0123 0295 0132 0.092
0124 0.089 0137 0293
0.131 0,095 5.144 0.096
0,135 0290 0152 0.097
0144 0.102 0158 0,102
0,150 0,106 0164 0.106
0,156 0,110 0,171 0.111
0,162 0.115 0178 0.116
0.169 0115 0,185 0120
0.175 0124 0192 0,124
0,182 0,129 0.200 0,128
0.190 0.134 0.205 6.134
0.197 0.140 0.216 0.140
0.205 0145 0225 ‘~~W
0213 0.151 0234 0151
0.222 0.157 0243 0.157
0231 0163 0253 0164
0240 0,170 0263 0,170
0249 0177 0273 0.177
0209 0.104 0254 0.104
0270 0191 0295 0.151
0200 0109 0.307 0.199
0291 0207 0.319 0207

0.147 0,106 0157 0.105
0,145 0.107 0.161 0,107
0106 0.080 0,106 0.075
0.109 0,081 0,112 0.078
0116 0,084 0.121 0,083

103.9 0.004 0.053 0.007 0.003 11.5 0-007 6,005 0-012 0.055 l4.5
174.0 0.004 0.003 0.006 0.002 11.9 0,007 0,006 0.012 0.005 10-4
61.7 0.026 0.020 0.043 0,0I7 66,0 0-025 0,020 0.043 0.SI7 202
104.9 0.013 0.010 0.022 0.009 38.0 0.014 0,011 0.024 0.010 30.6
124.4 0.085 0,007 0.014 0,006 25.4 0,011 0200 0,010 0.007 226

0.119 0.094 0.201 0.080 3262 0,116 0.092 0.197 0.079 250.0
0,122 0.056 0206 0.052 262.0

Notes:
1) Capacity price convened to S/klMn arzooal on-peak sommer load factor.
2) Projected environoneotal costs represeol cools that ore ootyetioteroalizod. SustaioabittyTarget=PIlowance Price ~oterno5zed value) • Eosiroonoental Cost

0
0

(:2
CD
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EXHIBiT B-I VT-NS

Unto:

Period: __________
2007 __________

- 2008 _________

2009 __________

2010 __________

2011 __________

2012 _________

2013 _________

2014 _________

2015 __________

2016 __________

201T _________

2018 _________

2019 _________

2020 __________

2021 __________

2022 _________

2023 __________

2024 __________

2025 __________

2026 __________

2027 __________

2028 V
2029 - V

2035 _________

2531 __________

2032 _________
V 2033 __

2034 _____

2035 __________

2036 __________

2037 __________
2038 __________

2039 __________

2040 __________

Levetized
(2006-2040)
(2009-2040)
5 years (2008-12)
10 years (2008-17)
15 years (2505-22)
PVto2008
PVto2605

-All Avoided Costs are in NorodnalS; Peak hours are: Monday throogh Friday 6am- lOpnc 06-Peak I-tours ure:AIl other hours.
-S ‘notodeo June through September; llhintentsat other months.
S ergy Econondcs—AESC 2007

FCM phone-to
2019-11 V 60%
2011-12 80%
2012-15 lOOts
2013~l4 100%

AESC Nominal Dollar Avoided Cost Results by Screening Zone
NOT~ Peak hours are: Monday through Friday 6am -10pm; 0ff-Peak Hoursaro: Alt other hours

Summdrfor energy values includes June through September; Winter is alt othermontho
All Costs include losses on the ISO-adndnistefed Transndssion Systenu DSM savIngs should indudndislubulioe and local transndsnlon tosses

Formatted for input to DSM sorounieg models

Wholesale Power Price, I miaal Dollars Inputs (Real 2507$)
I’CM Renenue V

Additional C02 Costs (not an avoided cost; V V V

~!s~ri~L. — do not add to anold-~g02%j, AvuidndCusts before Adr~ ,efl’%n REC~s)y .,~ DRlPEfurlrrstatlatioosin 2008 DRIPE for tnstallations in 2009

winter winner Off- Summer Summer Summer; winter: On•eak ‘winter winter cry- Summer -summer Annual ICAP winter WinIer Of Summer Summer Aooaat winter winter Of Summer Summer Anouat
Peak Peak Peak Off-Peak June, Juhr, Deoee,ber, ~ Peak Peak Peak Off-Peak Alt Energy Peak V Peak Peak Off-Peak Peak Peak Peak Off-Peak

Energy Energy Energy Energy August January Value’ Energy V Energy Energy Energy V~ue Enurgy Energy Energy Energy ~ Energy Energy Energy Eeurgy

llJkWlnSlkWh S/kWh S/kWh V S/kWh mouth 51kW-month S/kwh S/kWh S/kWh V S/kwh V 51(36k 5/kW-yr

0037 0.036 0.041 6-040 _________ 0.086 0063 0.087 0.065
0.030 0.037 0.042 0.041 9,0 V 72 0.094 V 0071 0.000 0.067 V

0.037 0.039 0041 V 0.040 10,9 82 0.008 0,068 0.085 0.062
0.030- 0.037 V 0.042 0.041 212 . 19.9 0.074 0.088 V 0.065 . . 0.007 V 0.081 V 67 V

6,039 0036 0.043- 0.042 20.9 21.7 V .0.135 0.083 V 0.061 V 01006 .0.050 V 114
V 0.035 0.034 0.839 0.030 29.6 .222 V 0.156 0.084 0062 0097 0.060 114
0.034 0.034 0038 0.037 30,4 V 22.9 V 0.170 0.000 V 0.057 V 0.086 0,500 114
0,034 0.033 0.037 0.030 31.1 V 23.3 0.174 0.082. . 0.056 0.008 0.050 114
0.033 0.032 0037 11036 31.9 V 23.9 V V 0.179 10081 0.058 (0087 V 0.059 V 114
0.032 0,033 0.836 0.035 32.7 24.5 V .0.153 V 0,053 0060 V 0.089 0.061 . 114
0034 0.031 8.030. 0.834 335 V 251 0.180 0.086 .0.062 10081 . 0.061 114
0.030 0.000 0.034 . 0.933 344 ... 25.8 0,302 . 0.004 V 0083. . 0.090 0.002 114
0.029 052g 0.033 0.032 352 .20.4 0.197 . 0.083. 0.059 0.091 0.062 .114.
0.020 0.028 ~ 0.031 38.1 27.1 0.202 0.085 V 0.062 . 0.094 0.062 . 114
0.020 0.028 . 0.031 0.030 37.0 27.8 . 0207 0.086 - 0.062. .10097 .0.063 •114
0028 0.027 .0,031 0.030 37.9 -28.4 0212 0.090 0.063 - .0.098 .0.064 114
10026 .~5 0.032 . 0.034 30.9 292 . 0217 . 0.091 . 0.064. 0.100 . (0064 . 114
0.029 0,029 0.033 0.032 3(09 29.9 . 0223 0.092 0.060 0.101 0.065 . 114
0.030 0.034 0.033 40.8 30.6 . .0.229 0.094 0.086 - 0.103 .0.066 114
0.031 0.030 0.034 0.033 41.9 31.4 0.234 0.095 0.067 0304 .0.087 114
0,032 0,031 0,535 0.034 42.9 322 0.248 0.096 V 0,068 .0.085 .0.008 114
0.032 0.032 8.036 0035 .44,0 33,0 0246 0.098 . .0.069 0.107.. V 0,009 114
0033- 0.033 .0,037 -0.036 45.1 33.8 .0,253. 0.099 .0.070 0i09 0,070 114
0.034 0,033 0.038 0,037. 46,3 347 0.259- 0301 V V 0,071. 0.110 0,071 114
0,035 0,034 0,039 0.030 47.4 35.5 0.265 0.102 0.072 0.112 . 0.072 . 114
0.036 0,035 . (0040 0,839 48.6 . 36.4 0272 10104 . . 0,073 V 0313 0.073. 134
0.037 0.036 0.041 0.040 49.0 . 37,3 .. 0278 0~105V ~. (0074 0315 (0074 114
0.038 0.037 0.042 0.041 54.0 . 36.3 .0.205 6-107 0.070 -0,117. 0076 114
0,039 0,038 0.043 0.042 52.3 302 0.293 0,108 0.077 0.118 0.077.. 114
10039 .0039 . 0.044 0,043 53.6 . 402 0300 . 0.310 . (0078 . 0.120 .0.070 114
0.040 0,040. 0.045 0.044 04.9 41.2 .0,307 .0.111 0,079 0.122 . 0.079. .114
0,041. 0.041 0.046 0.045 56.3 42.2 (0315 0.113 . 0,080 0.124 0.000 114
0.043 0,042 0.047 0.040. 577- .43,3 0.323 0.144 0.081 0,320 0.001 114
0.044 0.043 0.049 0.047 592 44.4 0.331 0.116 0.982 0.127 0.082 114

5.034 0.034 0.038 0.037 V 39.7 29.8 0.1w . V

0.034 5,034 0.035 0.037 40.7. 30.8 0202 V

0.037 0.037 0.041 ~- . (0040 20.0 15.0 3.015
0.035 0.034 0.039 0,038 26.0 . 19.5 . 0.092 . V

0.033 0.032 0.037 0536 V 294 22.0 0.427

Notes: V V

I) Capacity price converted 1050.0611 atzonal àn-peaksrimmer toad thotor.
2) Projected environmental costs represent costs 3/rat are oat yet lutemaized. Suslslnabitly Target= Allosance Pr/ce 5nteroatzed value) -r Ensironmenlal Cost

51kW-yr 9/kwh 5/kWh S/kWh S/kwh 51kW-yr S/kwh 9/kwh $lkWh SlkWli 51kW-yr

0.010
0.029
0,027
0,016

E—430
0
0

0
Renin’ ‘07



0
0
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EXHIBIT is. ..dMA-NS

Inflation 2.5%
Retell Adder 10%

Nominal Discourd Rate 4.8%
Capacity Losses: Generation to ISO Delinety 34%

Znnat Go-Peak Summer Load Factor 54%

0.103 1023 0.004 0.003 0.008 0,003 11,5 0.007 0.000 0.033 0.000 14.5
0.105 172,3 0.004 0.003 0.007 0.003 11.9 0.007 0.006 0214 0.006 15.4
0.075 61.0 0.027 0.023 0.051 0.022 66.6 0.026 0.023 0.001 0.022 28.8
0.078 103.0 0.013 0.011 0.520 0.011 30.0 5.015 0.013 0,520 0.012 30.6
0282 123.1 0.009 0.008 0.517 0.007 25.4 0.011 0.009 0,021 0.000 22.6

0.124 0.107 0.236 0.153 3262 0.121 0.104 0.231 0.150 250.0
0.127 0.109 0242 0.105 262.0

AESC Nominal Dollar Avoided Cost Results by Screening Zone
NO’86: Peak hours am: Monday through Friday 6am - 10pm; Off-Peak Hours are: Alt ether hunts

Summer for energy values includes June through Septembe~ Winter is alt other months
Afi Canto include tosses on the ISO-adninistered Transmission System. OSM savings shouti include dtst,ibutinn and local transmission losses

Formatted for ioputie DSM screening models

ELECTRIC AVOIDED COSTS

rower Price, nominal Dollars

Northeast Massauhnselts DRIPE for lostattatiw’~ in 2500 VRIPE nor Installations in 2509

Winter WInier Off- Summer Sommer Annual Winter Winter Off- Summer Summer Annual Writer Winier Off- Summer Summer Annual
Peak Peak Pooh Off-Peak Market Peak Peak Peak Off-Peak Market Peak Peak Peak off-Peak atilOt

Capacity Capacity - CapaurtyEnergy Energy Energy Energy Value Energy Enorgy Energy Energy Value Enargy Energy Eoorgy Energy Value

SlkWh 8/kWh S/kWh SlEW-yr S/kWh S/kWh S/kWh S/kWh SikWyr fl/kWh S/kWh SllsWlt SlkWh 91kW-yr
Units:

Period:
2007
2005
2869
2010
2511
2512
2013
2014
2036
2036
2037
2518
2018
2025
2021
2022
2523
2024
2026
2028
2521’
2028
2020
2030
2038
2532
2833
2034
2030
2035
21137
2536
2839
2040

(2008-2548)
(2500-2040)
6 years (2560-12)
15 years (2050—17)
15 years (2500-22)
pVto2008
PVto 2059

51kM/k

0,594
0.108
0.104
0150
8134
0107
5,1114
0.100
0.110
0.117
0.123
8122
0120
5130
5135
8.142
0147
0.153
0.159
0.160
0.172
0.178
0,186
0154
0202
0210
0218
8227
8238
0245
0255
0265
0276
0287

0.145 0.105 0.159
0.147 0106 0.162
0.106 0,078 0106
8100 0.079 0.113
0,114 0,083 0.121

Notes:
1) Capacity price converted to S/kWh at annul no-peak summer ned factor.
2) Prqarlod environmental costs represent costs that ore sot yet intnmaliaed. Sostoicabi8ty Target = PJlowunce ‘doe flntomatznd value> * Environmental Cost

-All Avoided Costs ore in Nominal/k Peak trournam: Monday tirmugli Fidoy 6am- 10pm: 010-Peak Hours are: All other hours.
-Summer includes June throunk Snptomket t,Mnler is all ether months.
Synapse Energy Econcrtdns—ASSC 2007
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EXHIBITE-1 NEMA-NS

NOTf Peak hours are: Monday through Fdday.Eam -10pm; Off-Pea)cldoars are: All other hours
Summer lor energy sabers includes June through September; Winter is all Other months

All Costs include losses on lire ISO-administered Transmission System. OSM savings should include dsoibulionandlussl lransrnisdlon losses FCM phase-in
2010-11 60%

Formatted for input to OSM sureening models 2011-12 00%
2012-13 100%
2013-14 100%

Wholesale Power Priuo, 1 ruinat Dollars - yp~)yjReal 2007$) -

~ FCM Revunue
Additinual C02 Costs (nut an avoided 00501

jssosi tt!sioL. do nor odd to avoid n~ppt)_ Aunided Cost eforeAdr~ -sued lena ~___ EEC Costs DRlPEferlesbllatinesin 2006 ORlPEfnrtnstallati~ sin 2009

Winter WintorOff Summer Summer S mmer Winter ~ wmn yr nerOff s mote s motor ~ CAP yr tn 84 to 01 Snmm r S motor W~ nor throne Of Sumese S mnmr ~ rtre
Peak Peak Peak Off-Peak June, July. December, ~ ~, Peak Peak Peak Off-Peak Co - .~, All Energy Peak Peak Peak Off-Peak Co Peak Peak Peak Off-Peak Cu -

E gy Sergy S rgy 6 gy Agast Jeary E rgy E rgy Energy Eergy yb Energy Energy Orgy E ugy Energy E rgy 0 gy 6 rgy v~lu~

Leentized -

• (2000-2040) 0.na-4 0034 0.036 0237 39.7 29.8 0201
(2009-2040) - 0.034 0.034 0.038 0.037 40.7 30.5 0205
Oyears(2080-12) 0.037 0.037 0.041 0.040 20.0 10.0 0.018
lliyeats(2008-17) . 0.035 0.034 0.039 0.038 26.0 : 19.0 0.093
loyoars(2008-22) 0.033 0.032 0.037 0.036 29A 22.0 0120
PVI0 20f0
PVtu 2009

-Notes:
1) Capacily price converted In S/kWh aizunni on-peak summer load factor. - - - - - - : -

2) Projected environmental 00515 represent nusis that are not yet inlernulized. SustainObirity Target=Alhnnonse POse (lntemutzedvahre) * Environmental Cost

0 .
0
O -Ag Avoided Costs urn in NuednoIS Peak hours are: Monday through Friday gum- ltpnc Ott-Peak Hours are: All other hours.

-S rcludos June through September ltenterrsull ther months
S ergy0connrrfas—AESC2W7

k)

E-45
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AESC Nominal Dollar Avoided Cost Results by Screening Zone

Units S/kwh 3/kWh $rkWln 3/kWh ~ udh SlkWss trOb 5/kWh 9/kWh S/kWh 9/kWh S/kWh 51kW-yr ~/bWh 91kW yr S/kwh S/kWh 9/kWh 5/kWh 3/kW-y 5/kWh S/kWh S/kWh S/kWh 9/kW y

Period: - • ~.-
- - 2007 0537 0.030 0241 0.040 _________ 0.084 9.051 0.006 0.004 - 0.150

2000 0.0380.0370.0420.041 9.5 -7.2 0.094 0.t69 0.008 0260 0.156 40-6 0.015 0.013 0-029 0.013 — - —

.2009. 0.037 0.036 0.041 0.040 10.9 82 0.088 0-067 0.088 0.063 - 0.100 45.2 0.044 0.038 0.084 0.037 - 0.015 0.013 0.029 0.013 -

2010 0.038 0-037 0.042 0.04-1. 212 155 0.075 0.008 0.063 -0.000 0.000 67 0.167 19.0 0.041 0.030 0.078 0.034 .72 0.044 0.038 0.094 0.037 -

2011- 0.030 0.030 0.043 0.042 28.0 21.7- 0138 0.004 0.060 0.007 0.059 114 0181 - 0.025 0.021. 0.048 -0.021 -140 0.041 0.035 0.078 0.034 -

2012..- 0-0360.0348239 0-038- 28.0 222 0.158 0.084 0.062 0-009- 0.062 114 0.189 . . 90 0.025 ~ o.o2i ~
2013 8.034 0.034 0.038 0.037 - 30.4 22.0 0.172 0.079 0.057 0.006 0.007 114 0.161 — - - - 40 —. —

2014 0.034 0233 0037 - - 0236 311 23.3 - - 0.170 0.001 0.050 0.005. 0.050 114 0.197 - - 40



0
0

(,2

Levelired
(2008-2046)
(2009-2040)
5 years (2000-12)
15 years (2000-17)
15 years (2008-22)
PVtn 2008
PVtoZ009

EXHIBIT L .

ln0450o 2.5%
Retail Adder 10%

Norrdnul Discount Rate 4,5%
Capacity Losses: 000er0005 to ISO DelIvery 3.4%

Zonal On-Peak Surnoner Load Factor 57%

0.006 14.5
0306 15.4
0.022 28.8
0.002 30.6
0.009 226
0,100 25011
0.105 26211

AESC Nominal Dollar Avoided Cost Results by Screeninc~ Zone
NOTE; Peak hours are: Monday through Friday Sam -10pm; 010-Peak Hours am: All other hours

Summer for energy values inuludes June through September; Winter Is a0 other months
All Costs Insiude losses on the ISO-adrrinintered Transmission System. DSM saviogs should ioclude distribo6on uod local trarsrrission losses

Formatted for input to DSM screening models

Fl3CTltjC AVOIDED COSTS
Wholesale Puwor Price. Nominal Dollars

Dolts;

Puriod:

Southeast Massar salts ORIPE 0-~lontaltatlo in 2008 DRIPE r—- Iestallutivv, in 2009

Winner Wfnser Off- Summer Summer Annual Winter Winter Off- Summer Srrnmer Annual Winter Winter Off- Summer Summer Annual
Peak Peak Peak 0ff-Puck Market Puck Peak Peak DIV-Peak Market peak Peak Peek Off-peak Market

Energy Energy Energy Energy Energy Energy Energy Energy Cupaorly Energy Energy Energy Enorgy

0/kWh 51kW-yr$IkWh 0/kWh 0/kWh 5/kWh 81kW-yr 0/kwh SlkWh 5/kWh 5/IrWin S/kW-yr 0/kWh 0/kWh S/kWh

0,093 6360 0.094 0.070 -

0i07 0.070 0.058 0.074 - 0.018 0.014 0.032 0.013 - - - -

0.102 0.070 8-101 0.071 - 0,055 0.043 0.055 0.038 - 0.018 0.015 0.033
0,303 9-076 0,304 0.071 65.1 0.052 0.041 0.090 0.036 78 0.056 0.044 0.097
0.101 0.074 0.104 0,070 120.4 0.033 0,025 0.056 0.623 155 0,053 0.042 0.092
0.004 0.070 0,309 0,075 130,1 102 0.033 .0.526 0,058
0,301 0,074 0,100 0,073 100,3 45
0.107 0.076 0,110 0.076 154,1
0.100 0.078 8-115 0070 155.0
0,112 0.082 0,321 0.001 1613
0,319 8.665 0~29 0,085 165.5
9-120 01107 0.130 0.087 170,1
0,322 0.060 9-137 0,080 174.3
0~25 9-083 0~40 9-091 170,7
0.131 (LOSS 0.151 0.054 1832
0,340 0,099 0.157 8-009 187.5
0,345 0~03 0.163 0.103 192,4
0,351 0i07 0,170 0~07 19T.3
0,357 0.111 0~76 0,312 202,2
0,353 0,116 0.154 0.116 2072
0,170 0i20 0.151 0,121 202.4
0,377 0~25 0.198 0.126 2173 -

0,304 0,130 0.256 0.131 223.2
0.161 9-135 0215 0136 228.8
0.198 0.141 0223 0141 23411
0205 0.146 0232 0,147 240.3
0215 0152 0241 0.153 246.4
0.223 9158 0251 0159 2525
0232 0,165 0261 0165 2598
0241 0,171 0271 0172 265.3
0251 0178 0202 0,178 270,9
0261 0.185 0293 0106 278-7
0271 0.192 0,305 0193 205,7
0282 0200 0317 0201 292,8

0.142 9-102 0.156 0101 162.3 0.005 0,007 0.015 0.006 10.9 0.000 0.007 0.014
0144 0104 0188 0103 172,3 0.098 6.006 8-014 0.006 20.1 0.009 0.007 0.015
0104 0,077 0103 0.072 51,0 0.032 0.025 0.0W 0.022 63.4 0.030 0.025 8.004
0.156 0.078 0.109 0.075 1033 0.015 0,014 0.031 0.013 39.9 0,010 8-014 0.030
0.111 0,082 5.118 0.079 023.1 0.013 0.010 0,023 0.509 29.5 0.013 0,000 0.022

0,047 0.115 0253 0,103 3262 0.144 0,112 0247
0.150 0.118 0.259

Nolan:
1) Capacity pdos converted On SIk’Mr atzonat on-peaksumrnor load facIaL
2) Projeotocl environmental costs represent costs that are ooi yet internalized. Sosiaioakillty Targnt~ Allowance Price 5nfemuszed salue) + Environmental Cost

-All Avoided Costs urn in Nnnisal$; Peak hours ore: Moodaylirrooglr Friday Sam - 10pm; Off-Peak i/oars ore: All other Soars.
-Sumrnor includes June through Septombec Woter is al other rrwnrirs.
Synapse Eoergy Eco000ics—AESC 2507
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EXHIBIT El SEMA-N$

AESC Nominal Dollar Avoided Cost Results by Screening Zone
NOT6a Peak hours are: Monday through FrIday 6am -10pm; Off-Peak Hours am: All other hours

Summerfor energy values includes June through September; Winter is all other months
Alt CostS include Ioksesdn the ISO-adodnistered Troo5rritSion System. EISM savings should include dlstributon and local transrrdsnion losses FOM phase-in2010-Il 60%

Formatted for input to OSM screening models 201112 80%2012-13 100%
2013-14 100%

WlrolesalePowerPdee.P”’ninalonllars
~ FCM Revenue

Add itional C02 Costs (not an avoided cost;
gle~j~y) r,,ddtoavolth ~~RE0005ty ~~ort~ty((ulionyjy~00E — or lnslaflalirr 2009

Winter WlnterOlf- Summer Summer Summer; Winter; On-Peak Winter WinterOff- Summer summer Annual ICAP Winter WieterO Summer Summer Annual Winter WinterOl Summer Summer Annual
Peak Peak Peak Off-Peak June, July, Onoomber, ~ Peak Peak Peak Otf-Peuk ~ All Energy Peak Peak Peak 0ff-Peak ~0~t Peak Peak Peak Ott-Peak Market

Energy Energy Energy Energy August January V~lu~ Energy Enurgy Energy Energy v~lue Energy Energy Energy Energy Energy Energy Egergy Energy

:: —~- -~- -~- 01kW-month -~- ~ 31kW-yr ~

Leveliaed
(2000-2040) 0234 0233 0.030 0.037 34J 26.0 0.225
(2009-2046) 0.034 0.033 0230 0.037 302 272 0.330
Syeuts(2000-12) 0.037 0.037 0242 0240 10.5 14.6 0.017
loyearrs(200047) 0.035 0.035 0.039 0.030 25.0 10.7 0.104
loyears(2008-22) 0234 0.033 0.038 0.036 27.t 20.0 0.144
PV to 2009
PVto2009

Notes:
1) Capacity ~l100 converted to SIkWh az000l nn-pealcsumroerloadlaclor.
2) I°i*cled environmental cools repcesentcosts that are not yet internalized. Soslainabitty Target Allowance Price Sytematzed value) + Eoniroorrrontal Coot

$lkWh $lkWtr 31kW-yr 01MW, $lkWh $lkWh SlkWlt 01kW-yr

C
0
C -Alt Avoided Costs ore in NorrinotS; Peak boom are: Monday through Friday Guru- lOprn 0ff-Peak Hours are: All other hours.

~S ~ June through Sdptomber; Wntorls at other nuootho.
S rergy Ecooorrdcs—AESC 2007

E-47
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EXHIBIT it-. ~CMA-N$

0
0
0

C,’

AESC Nominal Dollar Avoided Cost Results by Screening Zone

Fares tted for inputto OSM osreoning medals

ELECTRIC AVOIDED COSTR

0.143 0.105 0.155 0.104 162.3 0.007 0.000 0.012 0.005
0.145 0.107 5.158 0,105 172.3 0.007 0.008 0.012 0.004
0.105 0.580 0.104 0.075 61.0 0027 0.021 0.047 0.018
0.108 0.580 0.110 0.070 103.8 0.019 0.012 0.036 0.010
0.113 0.084 0.119 0.082 123.1 0.011 0.009 0.018 0.007

0.125 0.096 0.214 0.080

tnfalion 2.5%
Retait Adder 10%

Nonr/nat Discount Rate 4.8%
Capacity Losses: General/err to ISO Detvery 3.4%

Zonat On-Peak Sunnner Load Factor 65%

S/kWh 5/kWh S/kWh 91kW-yr

0.012 0.027 0.010 -
0.837 5.082 8.031 -

0.030 0.078 0.029 -

0.822 0.049 0.018 188
104
48

18.9 0.007 0.005 0.012 0.005 14.5
20.1 0.008 0.006 0.013 0.005 19.4
63.4 0.027 0.021 0.040 8.017 20.8
39.0 0.015 0.011 0.028 0.010 30.6
29.5 0.011 8.008 0.019 0.007 22.6
3202 0.123 0.004 0210 0.078 250.0

0.128 0.098 0220 0.002 262.0

NO08r Peak hours are: Monday tlrrougtr Friday 6am-loprn; Off-Peak Hours ass All other hours
Suonmarforener9yvatues inoludes lone tirrauglr SeptemheG Widens all other months

P.11 Costs inolude losses on the tSO-adn4n/stered Tronsnr/ssinrr System. OSM savings shno/cl inc/ode distrtho%nn anti Inset trnnsnisstnn tosses

- - - - Whotesate Power Prime, Nominut Dollars

West-Central Massatlrasetto DRIPE F-- tnstaflat/o-o’ in 2000 DRIPE Os testatlatir in 2009

WoOer W teroty Summer s rem A I w to W’nte Off Summer s mmer A I vrno r Wigter Off Summer Summer 00
Peak Peak Peak Off-Punk a ~ Peak Peals Peak Off-Peak Market Peak Peak PealS Off.Peak arlre

Energy Energy Ennrgy Enurgy ~°Al’ Energy Energy Energy Energy Eourgy Energy Energy Energy

S/kWh S/kWh S/kWh S/kwh 5/kW-yr S/kwh S/kwh S/kWh S/kWh $/kW.yr S/kwhUnits:

Period:
2007
2000
2809
2010
2011
2812
2013
2014.
2015
2016
2017
2018
2818
2020
2821
2022
2023
2024
2020
2828
2027
2028
2029
2030
2031
2032
2033
2034
2030
2035
2037
2035
2030
2040

Levelizad
(2008-2040)
(2809—2040)
8 years (2000—121
10 years (2008-17)
15 years (2008-22)
PV1O 2000
PVOo 2009

Notes:
1> Capacity pr/ce converted to $114/Sir atznnat nn-peaksomrnor nod tisctor.
2> Projented ennirosnsestal casIo represent costs Orat are sat yet intematized. Sasta/sab//ity Target= Allowance Pr/on $ntorsatlzed vatoo) -0 Ess/ronrrrental Cost

-All Avoided Casts are to NoninalS; Peak hnoro me: Monday Orroogir Fr/day 6am- lOprn Ott-Peak Hoots are: Pit other hoots.
-Summer inn/odes J050 ttrroog/r Septenrtret Vdnteris all other n-ron/ks.
Synawe Esergy Eno500des—AESO 2007
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EXHIBIT E-1 WCMA-NS

AESC Nominal Dollar Avoided Cost Results by Screening Zone
NOT!: Peak bourn are: Monday threagh Friday Sam -lOpm( Off-Peak Hours are: All other heurs

Summerforundrgy values includes June through September; Winter is all other months
At Casis indude tosses on tire ISO.-adnini4terecl Transsdsstoa System. OSM savings should indude distoibution and local lranssdssios lasses FCM phase-ia20111-11 60%

Formatledfar luputto DSM screening models - 2011-12 60%2012-13 100%
2013-14 180%

$IkWlt

Le’Jelrzed - -

(288E_2040) 0.034 0.033 0.t38 0.037 34.7 25.0 - 0.214
(2009.2040) . 0.034 9.033 7,838 0.037 - 362 272 0.218
Spears (2808-12) . 8.037 .0.037 0.042 0.040 19.5 14.6 . .0.017
loyeors(2608_17) 0.036 - 0.035 0.039 0.038 250 18.7 0_toy
l5yearo(2608-22) 0.034 0.t33 0.038 0.036 27.8 20.9 0.137
PVto 2606
PVta 2609

Notes;
1) Capacity price converted to 3/kWh atzonot on-peak sarnmer load factor.
~ Projected environmental casts represent costs that are totyel internalized. Sustaiaab/hIty TSr9et = Allowance Price t;rlematzed valoe)cEnviroaroenlot Cent

0, -
0
0 -AtAvoided Ccrsisare in Notrioott; Peaklroursare: Moadaytlrroagh Friday Oam-ltpm; Otf-PeakHoorsore:All otherhours.

-3 nctodeslaaethratlgh Seplerober Water is all other months
3 reroy Ecannrrdos—AESC2007

UrIs: 91kV/h

Period;

$lkt//ls 91kV/In 3/kWh
5(5W-’
month SlkW-rnooih

Wholesale Pawoi Price, Nominal Dollars . . •r-’--. r”~”
FCM Revenue

Additional C02 Costs (not art avoided cast;. . .

.Jo~in kg), dot dd t d ~_ ~ ,~9~_tsbr’ -sand rail.- ~__ RE~.y~y DRlPEtorlnstollutr o,oi~ -~ — 1~ r9~g~DS

W i r W. torOff S mmer S rrrmer Summer Winter 0 -P k tar ter w terOff sammer sammer An I ICAP Winter Vf terOt s mm r s ,moer A I wnter yrnse 70mm Sunrmn A
Peak Peak Peak Olf.Poak Jurie,Joty, Deoemlrer, ~ Peak Peak Peak Olf-Pealt All Energy Peak Peak Peak 010.-Peak Peak . Peale Peak Off-Peak Market

Eaergy Energy 6 rgy E rgy A g St J a ry ~ to E rgy 6 rgy 6 gy 6 roy 6 rgy Erse gy 6 gy Eu ~h’ t~lu °~ Energy En rgy E gy E ~ ia3~

$lkWtn S/kWh S/kWh 3/kWh ‘31kW-yr ‘11/kWh’ .91kW-yr SlkWh 81kv/h S/kWh SlkWlr 31kw-yr SlkVth $lkWh 51kv/h $lklNh 51kW-yr

1.028 0,810
1.076 0.829
1-071 ‘0.027
1.043 0.016

E-49
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EXHIBIT B-I non-NEMA-N$

E-50-All Avaided Costs are in NoroinalS; Peak Itours are: Monday through Friday 6anr—ltpo~ 0ff-Peak Hours are: All other Soars.
-SaormerlocludesJaoetJrraugh Sey*erorber I/dater Is all other rororrths.
Synapse Eaorgy Ecoaarodse —AESC 2007

AESC Nominal Dollar Avoided Cost Results by Screening Zone
NOTEn Peak hours are: Macday thrnugh Friday Sam - 10pm; Off,Peak Hours are- All other hours

Sommer far energy valaes includes June through Septemhett Winter Is all other mentOrs Inflation 2.5%
?rlt Costs iaclude losses on the lSO-odninistered Transmission System. DSM savings should include distribution and load lransrrdssiuc Tosses Rolail Adder 10%

Nominal Discount Rare 4.8%Formatted far input to OSM screening models Cupacity Losses: Goneralion tIm ISO Detoery 3.4%

Zonal On-Peak SarneomerLoad Factor 89%PLECTRIC AVOIDED COSTS

SikWh S!kWh

Wholesale Power Price, Nominal Dollars

Massauhusatrs aaOside 01 “netheast Ears DRIPE Sc’ lnslallatio’r.- in 2080 DRIPE f”~ lnstallatim in 2059

W icr WnterOff S mmer Summer A I Woo WinterOlt Summer Summer A I Winier WI I rOE S mmer Summer Ammo I
Peak Peak Peak Off-Peak Bunt Peak Peak Peak Off-Peak Market Peak Peak Peak Off-Peak

Energy Energy Energy Energy v~lne Energy Energy Energy Energy ~ Energy Energy Energy Energy Value

$lkWh 21kW-yr fl/kWh S/kwh 5/kwh fl/kWh 51kW-yr S/kWh SlkWtm
Units:

Period:
2807
2008
2009
2010
zati
2012
2803
2914
2015
2016
2007
2000
2819
2020
2021
2022
2023
2024
2020
2026
2027
2020
2029
2030
2031
2032
2033
2034
2030
2036
2037
2030
2039
2040

Levolleed
(2008-2040)
(2009.2040)
5 yours (2008-12)
19 years (2000—17)
10 years (2808-22)
PVIn2008
PVto200n

51kB/k SlkWh

0.030 8.011
0.ttg 0.834
0.085 0033
0.053 0.028

0142 8.184 0.185 1L102 162.3 0.008 0.006 0.004 0.005 18.9 0.009 8.006 0.013 0.005
0.145 0.105 0.180 /k104 172.3 0.007 0.006 0.013 0.005 28.1 tOot 0.000 0.014 0.005
0.104 0870 0.104 0274 01.0 0.830 0223 0.051 5020 83.4 0.020 0.022 0.850 0.019
0.107 0.079 t~Tl0 0.075 103.8 0.017 01113 0.028 0.011 39.8 0.016 0.012 8.028 0.011
0.112 0.083 t.118 0.081 123.1 0.012 0.008 0.021 0.008 29.8 0.012 0.009 0.021 0.808

0.139 0.104 0233 0.090 320.2 0.133 0101 0228 0.088

0.138 0.106 0235 0.002

Notes:
1) Capacity price cooverted to SlkWlm atzocal On-peak summer load thcior
2) Projected eosimnmeeotal costs repneseotcostotlrac are ooi yet iolomullzecl. Snstainabitty Tamget= Allowance Price floter000zed value) r Eouiruomeotaf Cost

51kW-yr

150
104
48

14.5
10.4
28.8
311.0
22.8

250.0
262.0

0
0
0

-J
Rosised 8131107



EXHIBIT B-I non-NEMA-NS

Units-

Period:

AESC Nominal Dollar Avoided Cost Results by Screening Zone
NDT~: Peak hours arm Monday through Fridoy Gain - 10pm; OIl-Peak Hours are: All other hours

Summer for energy values includes Juno through September; Winter is oil other months
All Cosisinolade losses an the ISO-adrrioistered Trunsrrisulon System. OSM savings should Include dlshibullon end locatlransndssiun losses FCM phase-in2010-11 60%

Formatted for Iopütio OEM soreening models 2011-12 80%2012-13 100%
2013-14 100%

Wholesale Powor Price, minal Dollars loputs (Real 200701
~ FCM Revenue - - -

Additional C02 Costs (not an avoided cosC - -

.Jossso’~ !~s!s~L.. dcl not add 5oavoid~1.538~L Avoided Cost” before ArId tandinlla’1r n ItEC Costs DRIPE for insiallalions in 2000 DRlpEforinslallaldonsig 2009

Winter WinterOff- Summer Summer Summer Winter ~~-Peak Winter WinierOff- Summer Summer Annual CAP Winter WinierOl Summer Summer Annual Winier wrnterot Summer Summer Annual
Peak Peak Peak Off-Peak June, July, Deoembm~ ~ Peak Peak - Peak Off-Peak ~, All Energy - Peak Peak Peak Off-Peak Peak Peak Peak Off Peak M~drOt

Energy Energy Energy Energy August January Valae’ Energy Energy Energy Energy - Value Energy Energy Energy Energy V~lue Energy Energy Energy Energy V~lue

$lkWh $JkWh SIkWh $!kWh month SIkW.rnnntk $!kWh $lkWlr S!kWh $IkWh $lkWh 5/kW-yr ti/kWh 34W-yr $lkWf, - $lkWh 5/kWh 5/kWh 51kW-yr $lkWh $lkWh 5/kWh S/kWh 01kW-yr

Levelized - - - - -

(2006-2040) - &034 0033 - - 0.030 0,037 - 34.7 260 0.219
(2069-2040) - 0.034 0.033 - 0.038 - 0.037 36.2 272 - 0223
Syears(2006-12)- 0037 0.037 0.042 0040 19.5- 14.6 0.017
Ioyearn(2uun-17) 0.035 0030 0.030 0.036 20.0 187 0.101
Igyears(2068-22) 0.034 0.033 0.035 0.036 27.0 20.~ 0.140
PVtc, 2000
PVts2009 -

Notes; -

I) Capadfty price oonvertnd to S/kWh atzonatog-peakoUmmer lead factor.
2) Prrdected enoitormeolal costs represent cools ffiutare not yet inlemullzed. Sustainablllly Target Allowance Price Øntemalized value) • EnvIronmental Cost

0 -
0 -
O -All AvoIded Cnsls are-in Norninals; Peak hours are: Monday through Friday gaol - 10pm; Off-Peak Hours are: Alt other hours.

.5r ichrdesjunethroagh September; Yrtoteris all other months.
S orgy Econondcs—AESC 2007
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0
0

CD

EXHIBIT E-r SWCT-N$

Inflation 2.5%
%elailMder 10%

Nominal Discoont Rate 4.8%
Capadly Losses: Generation to ISO Delivery 3.4%

Zonal On-Peak Scnnreer Lead Factor 60%

8-107 163.3 0.005 0.004 0.009 0.009 11.5 0.008 0.006 0.016 0.000 14.5
0.108 173.3 0.004 0.003 0.009 0.004 11,9 0.008 0.007 0.017 0009 15.4
0.079 61.0 0.030 0.034 0.062 0.031 66.8 0.030 0.034 0.061 0.031 28,8
0.000 103.8 0.015 0.012 0.031 0.016 39.0 0,017 0.013 0.034 0.017 30.6
0.004 123,1 0.010 0.008 0.021 0.010 25.4 0.012 0.010 0.025 0.013 22,6

0,130 0.112 0286 0.145 326.2 0.135 0_log 0.280 0.142 250.0

0.142 0.114 0,204 0.149 262,0

AESC Nominal Dollar Avoided Cost Results by Screening Zone
NOT00 Peak hours are: Monday thronogh Friday tam - 10pm; Off-Peak Hours arc: All other hours

Summer forenergy values Includes June through Septembeq Winter is all other months
All Costs include losses on the ISO-adtrinistered Transmission System. OSM savings should include dish/boSon and local lroosrrisslon losses

Formatted forinputto DSM sureening models

FLECIT8JC AVOIDED COOlS
Wholesale Power Prine. Nominal Dollars

Souur.went Cone-’rtioot DRIPE 7 Instatlatlo in 2008 DRIPE (, Instaltalin , ‘in 2009

Wete W’uter oto s mote s mmer A I Winter W’uter Off S mmer Summer A I W’nt r w- le ott s memr s mmer A rt I
Peak Peak Peak Off-Peak Market Peak Peak Peak Off-Peak MarIner Peak Peak Peak Ott-Peak Madlec

Energy Energy Energy Energy ~~°r~’ Energy Energy Energy Ennrgy Energy Enurgy Erergy Energy

WkWh S/kWh S/kWh S/kWh 01kw-yr $lkWh $lkWh S/kWh $lkVJlt 51kW-yr 0/kwh 0/kWh S/kWh S/kwh
51kW-yr

Units:

Period:
2807
2009
2088
2010
2011
2012
2013
2014
2010
2016
2017
2010
2019
2020
2021
2022
2023
2824
2026
2026
2027
2028
2029
2030
2031
2032
2033
2834
2538
2036
2037
2038
2039
2040

Lovelived
(2008-2048)
(2009_2046)
S years (2t00-12)
10 yuars (2008-17)
lSyears (2880-22)
PVto 2000
PVtn 2059

0.140 0.108 0,165
0.151 0.110 0,160
0,111 0.083 0.114
0,113 0,053 0.115
0.118 0,085 0,127

Notes:
1) Capacity price converted to SikiMi atzooul nn-peaksummdr load lbctor.
2) Projected environmental costs represent santo that are notyotioterealized. Svstaioutdlily Target.. Sllowaoen Pdee (intemutluod salon) • Eesirnr,rnontnl Cost

-All Avoided Costs are it, NorninalS; Peak hours am: Monday through Friday 6nm - 10pm. 08-Peak Hours are: All other hours.
$ummerinrtoolesJunethrnogh Sepnembe~ 9dnl~ris at other months.
Syoapog Energy Ecnoondcs—ASSC 2007
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EXHIBIT E-1 SWCT-NS

AESC Nominal Dollar Avoided Cost Results by Screening Zone
NOif: Peak hours am: Monday through Friday 6am -10pm; 0ff-Peak Hours are: All other hours

Summer for energy values includes June through 0%ptember Winter is all other mouths
AN Cools Include losses on the ISO-admrinislered Tronsmisldsn System. DSM savings should lnchule distithaSon and nod transvisvinn losses PCM phuso-in

- . 2010-ti 60%
Formatted fariuputto 055 surnenino models . 2011-12 80%

2012-13 100%
2013-14 100%

Wholesale Power Price, l’cieinal Dollars . Irputs (Real 2007$)
. FCM Revenue

Addliivnat C02 Costs (nut an avoided cost;
≥o)2o~L_ do not add to avoid AdoidodCoy~ refureAd 5~y~Jg~ataj_ REC Costs . — ORlPEfnrlnstallalkrviu2000 — DRlPEfarlnstaltatinnsiu2009

Winter WintorOff- Sunmer Sunmmer summe,t Winter: ~n-Puuk Winter WinterOff- Summer Summer ~‘°~ CAP Winter Wintero Summer Summer Annual Vitinser WinterO Summer Sumnvnr Annual
Peak Peak Peak 010-Peak June, July, Duoemtver, ~ Peak Peak Peak Off-Peak All Energy Peak Peak Peak 0ff-Peak Marltet Peak Peak Peak 0ff-Peak ~a of

Energy Energy Energy Energy August January valuet Energy Energy Eenrgy Energy. Value Energy Enuruy Energy Energy V~un Energy Energy Energy Energy v~ue

$ikWh $ikWh SlkWh $lkWh $IkW-enonth $IkWh $lkWh $lkWh $lkWh SlkWh 5)11W-yr filcWh 5/6W-yr 6/kWh 5/kWh S/kWh 1/kWh 5/11W-yr S/kWh 5/kWh, S/kWh S/kWh 01kw-yr

teveliznd . .. . . V

(20E8-2040) 0034 0.034 0.039 /6037 39.7 29.8 .0213
(2009-2040) /6034 0.034 . 0036. 0.037 4/67 30.5 0217
Oyoars(2006-12) 0.037 0.037 /6041 . 0.040 . 200 1/60 . /6016
loyearo(2608-17) 0.035 0.034 0.039 0039 360~ 19.5 0.000
l8years(2000-22) 0.033 0.032 0.E37 0.036 . 2/64 330 0136
PVtn2008
PVOn 2000

Nolen: V

1) Capacity price converted 106/kWh utzncal vv-pealcsamtunr loud lOctor.
2) Prr~nded environmental costs represent costs that are vol yet internalized. Sssta/nubllty Target = Afowance Price fnlematzed value) * Evviravnmevtul Cost

0 . V
0o -All Avsldnd Costs are lv NurrdnalS: Peak hours are; Mvddaythtaug/r Fr/dug 6am— lEpm; 0ff-Peak Hours ure:All other hours.

-Sir inclades J050 through September; Ildoter is all other months.
S reigs Ecooorrdcs—AESC 2097
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Uoits:.

Period:

0.004
0.055
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0
0
0

C)’

EXHIB[i ._- NS-N$

AESC Nominal Dollar Avoided Cost Results by Screening Zone
NOTE Peak hours are: Mooday l1rrou~lr Friday Sam - 10pm; Off-Peak Hours urn: All other hours

Semoroorforonergy salons inclodes June through September; Winteris oil otilerm085lrs Inflation 25%
All C~st~ includo lossos on the ISO-adrrfrtlstored Transmission Systom. DSM savings should include dlshibuflon nod local kavsrvission losses Relut Addor 10%

Norrdnal Olsuount Role 4.0%Formatted for inpot to OSM srrreening models Capodly Losses: lonnorul/on to ISO DelIvery 3.4%

Zooal On4°aok Soromoer Load Pastor 59%

fl/kWh $lkWh S/kWh

Wholesale Power Price, Nominal Dollars

Nm~mwallr~Stum,s~rd DRlPEferiostulluth 1o3505 DRlPEfwiostalbtkrmujn290g

Woter hTrmteroff S more s more A wooer w teroff s mmer Summe A I wint r WirerOff Somnme s mmer Annual
Peak Peak Peak Offd°euk Market Peak Peak Peak Off-Peak Market Peak Peak Peak Off-Peak Market

Eeergy Energy Energy Energy Energy Energy Energy Energy ‘~°~‘ Energy Energy Energy Energy

S/kWlr SIkW.yr S/kWh $flrWh $IkWb SlkWIr 61kW-yr S/kWh 0/kWh S/kWh S/kWh 6/kw-yr
Period:

2007
2008
2009
2010
2011
2012
2013
2014
2016
2016
2017
2018
2039
2020
2021
2022
2023
2024
2025
2026
2027
2026
2020
2030
2031
2032
2033
2034
2030
2039
2937
2035
2039
2040

Levelrzod
(2000-2040)
(2009_2040)
5 years (2000-12)
10 years (2000-17)
15 years (2005-22)
PYIo 2000
PVtrr2009

0.150 0.100 0.174 0.107 162.3 0.009 0.006 0.017 0.008 15.9 0.008 0.006 0.016 0.000 14.5
0.152 0.110 0.177 0.108 172.3 0.0117 0.006 0.016 0.008 20.1 0.008 0.007 0.017 0.000 15.4
0113 0.053 0.122 0080 61.0 0.030 0.024 0.063 0.032 63.4 0.030 0.024 0.061 0.031 28.6
0.114 0.053 0.128 0.081 103.8 0.017 0.014 0.035 0.019 30.0 0.017 0.013 0.034 0.017 30.6
0.119 0.087 0.134 0.085 3231 0.013 0.010 0.026 0.013 29.5 0.012 0.010 0.025 0.013 22.6

0.338 8.112 0.286 0.145 3262 0.135 0.109 02001 0.142 250.0
0.142 0.114 0294 0.140 262.0

Notes;
1) Capacity price sooverted to S/kwh of renal oo-peuksoormer load fusIon.
2) Pt~ostnd eovironmnnlul snafu represent 00515 thaI are out yet intenmarrund. Sustoioakitty Torget = .°Jlowonve Pdve flolomatnod naIve) + ffnoivonmnnlul Cost

-All Avoided Costs are In Norm-foolS; Peak hours urn; Monday through Friday Sam - 10pm; Otf-Peuk Hours urn: All 015Cr hours.
-Summerinclodes June through September; lAinter is on other rrmnoths.
Synapse Eonrgy Ev000rrdns—A5SC 2007
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EXHIBIT B-I NS-NS

AESC Nominal Dollar Avoided Cost Results by Screening Zone
NOTE: Peak hours are: Monday through Friday Sam — 10pm; Off-Peak Hnurs am: Alt other hours

Summer for energy values includes Junethrough September; Winter is all otbermonthn
~II Crulu indode losses on the lSO-adrrrinistered Transmission System. DSM savings should include dishibutvn and local transuisdon losses FCM phuse’in

2010-lI 60%
Fortoatled fur inpottu OSM sorenning models 2011-12 80%

2012-13 100%
2013-14 100%

$IkWh $IkWb $1kWh $ItcWh rnentil 81kW-month SIkWh $tkWh 9!kWh SlkWh $lkWh 01kW-yr ~fkWh 81kW-yr SlkWh $fkWl, StkWh SlkWh 81kW-yr

0,037 0.036 0.041 0.040 _________

0,038 0.037 0.042 0.04.1 9.5 7.2

~Th~7’~ 0.036 0.041 0.040 10.9 02
~ ‘~5Y 0.042 0.04.1 212 15.0 0.081
0.039 0.038 .5.043 0.042 28.9 21.7 0.149
8335 0.034 0.039 0.038 293 .222 0171
ooo~ 0~ ~ 0.017 30.4 22.8 0.157
~ 0.033 0.037 0.036 31.1 23.3 0.101

0.033 0.032 0.037 0.036 31.9 23.9 0.106
0.032 0.032 0,036 0.035 32.7 24.5 - 0201
0.031 0,031 0.035 0.034 33.5 - 25.1 0206
0.030 0.030 0.034 0.033 34.4 25.0 0211

—o:~— 0,020 .0,033 0.032 302 - 26.4. 0215
0,028 0.025 0.032 0.031 30,1 -271 0222
0.025 0,020 . 0.031. . 0.030 . 37.0 27.0 0.227

0.026 0,027 0.031 0.030 . 37.9 28.4 . . 8233
0.028 0,020 0.032 - 0.031 38.9 .202 0.239
0.029 0,029 0,033 0.032 39,9 .28.9 . 0.245
0.030 0,030 0.034 0.033 40.8 30,6. .0251
0,031 0.030 0.034 0.033 41.9 31.4 8357
0.032 0,031 .0.535 8.034 42.9 322 0204
.0.032 0,032 0.036 0.035 44.0 33.0 0.270

• 0.033 .. 5,033 0.037 0.038 - 45,1 33,8. 0277
~ ‘‘~‘~~9” 9535 0.037 462 34,7. 8.284

• 0.035 0,034 0,039 0.035 47.4 . - 35.5 0291
0.038 .0.035 5,040 0,039 48.6 30.4 0355
0.037. 0.038 0.041 0.045 . 49.8 37,3 5.306
0,038 . 0.037 0,042 0.041 . 51.0 38.3 .0.313
0.039 . 0.035 0.043 0.042 .023 39.2 0321
0.039 0339 0.044 0343. 53.6 402 .0329
0.040 0.040 0.045 . 0.044 54.9 412. 0,338
0.041 0,041 0,046 0,045 00.3 422 11345
0,841 0,042 0,047 5.048 . 57.7 433 . 0.355
0.00 0343 0349 504-7 592 444 0363

LeveBued . .

(2050-2040) 0.034 0.033 0.038 . 0.037 34.7 26.0 5.218
(2059-2045) 0.034 8,033 0,039 0.037 38.2 . 272 0.~
Syeats (2008.12) 0.037 5.037 0.042 0.040 19.5 . 14.6 0.017
l9yuars(2008_17) 0.035 0.835 0.039 . 0.038 25.0 18.7 0.151
tO years (2800-22) 0.034 0,833 0.038 0.036 27.8. 20.9 0,139
PVtu 2888
PV1n 2859

Notes: . . . .

1) Capacily price covoérted to $103810029001 on’peuk summer loud factor.
2) ProJected envinoomentnl costs represent costs that ore not yettntemahzed. SustainabstyTarget Allowance Price )ntemalzed value) * Eo4lronroentat Cost

0
0
0 -PIt AvoIded CuotsOne in NondnulS Peak hours are: Monday 01nov90 Friday Sum- lOpro OtttPeak Noons are: All other hours.

-S’ inolades June throUgh Sepfember Winter iv 01 0111cr months.
S nergy Econooiou —AESC 2007

E-55

Units:
Purled,

Wholesale Power Price. l’’nninal Dollars ‘Iputu (Real 2007$)
. FCM Revenue

Additional C02 Costs (untan avoided cost; . .

~ do cue odd in nunidr ‘sss~L_, Aeoidudooy)s bnfnroAddersandlnflatto,5,,,,_,,,,,,,,,, ~EC Costs DRIPEforInstalIatio’sin2805 — DfftPEfurtnstallatiousin 2089.

Winter Winter Off- Semmer Summer Summer, Winter: ~ Winter Winter Off- Summer Summer Annual CAP Winter Winter Of Summer Summer Annual Winter Winter 0 Summer Summer Annual
Peak Peak Péuh Off-Peak June. July, Deuemher. Peak Peak Peak Off-Peak arhet Alt Energy Peak Peak Peak Off-Peak Mmbut Peak Peak Peak Off-Peak Market

Energy Energy Energy Energy August January vi’ Energy Energy Energy Energy V~lue Energy Energy Energy Energy V~lue Energy Energy Energy Energy

$lkWlr $lkWlm $lkWh $lkWh $lhWr

Revts ‘07



EXHIBIT 5-1 SW-NS-N$

AESC Nominal Dollar Avoided Cost Results by Screening Zone
NOT~i Peak hours are- Monday Through Friday Gum -10pm: Off-Peak Hours urn: All other hours

Summer (or energy values includes June through September Winter is all other months
All Casts Include losses on lire ISO-adodnistereol Traosnissioo System. DSM savings should include dislribulloo and seal lrarrsnrission losses

Formattedforinputto DSM s000ening models

tOLEC’fRtC AVOIDED COStS

0.149 0.108 0.160 0.107 162.3 0.008 0.009 0017 0.000 18.9
0.151 0.110 0.164 0.108 172,3 0.007 0.006 0.016 0.000 20.1
0.110 0.082 0.110 0.079 61.5 0.830 0.024 0.063 0.032 63.4
0.112 5,092 0.115 0.008 103.0 0.017 0.014 0.035 0.018 39.9
0.118 0.086 0.123 0.084 123.1 0.813 0,010 0.020 0.013 29.5

0.13.0 0.112 0286 0.145 328.2

Inflation 2.5%
Retail Adder 10%

Norrrioal Dlsoaunt Rote 4.8%
Cupacity Lossem Generation 10120 Detvery 3.4%

Zonal On-Peak Suonorer Load Fuotor 61%

E-56-AS Avoided Costs ore In Nuodnul$ Peak hours are: Monday through Friday Barn - 10pm: 010-Peak Hoors are: All ether hours.
-Sarornerinolurjes June through Septerobe~ Winter is oil sOrer oronlirs.
Synapse Eceffy Econorrins —P/0SC 2007

Dollars

Units:

Period:

$lkWlr $lkWh

SneddCnnneuO~”4o~k.Sf oford DR[PEf-~InsOa8aticn-rio 2000 DRIPE for Installations in 2009

VI 1 Yfnte 080 Summer S mme A I W’ete Wlote Off Surom Summer A I ~ Vlnte Off Summer Summe Annu I
Peak Pooh Pooh 0ff-Peak Murkeu Peak Peak Peak Off-Peak Market Peak Peak Peak Off-Peak Market

Capaudy Capaody . CapaurtyEonroy Energy Energy Energy Value Energy Energy Energy Enorgy Value Energy Energy Energy Energy Value

011(0611 51kW-yr SlkWh SllrWh $lkWtr 01kW—yr 0-kwh0-kWh $lkWlr

0.01? 0,014 0.035
0.002 0.042 0.100
8.051 0.041 0.107
8.032 0.026 0.067

0.008 8.006 0.816
0.008 0.007 0.017
0.030 0.024 0.061
0.017 0.813 0.034
0.012 0.010 0.105
0.130 0.100 0.208
0.142 0.114 0.204

Levetiznd
(2800-2040)
(2u00_2840)
5 years (2000-12)
10 years (2006-17)
15 years (2006-22)
PVOn 2000
PVtn2009

0-kWh 51kW-yr

0,017 —

0.054 -

0.055 -

0.034 158
104
48

0.008 14.0
0.009 154
0.031 28.0
0.017 30.6
0.013 22.6
0,142 200.0
0.148 262.0

Notes:
1) Capacity price converted On 511/AIr u0000al on-peaksumroer load foster.
2) Prr~ected environmental costs represent 00010 filIal are notyet irrtemallzerl. Sostainability Targel Allcwancn Price ~nlema5zed v~lno) * Eovlronroenlal Cost

0
0
0

Ce)
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EXHIBIT B-i SW-NS-NS

AESC Nominal Dollar Avoided Cost Results by Screening Zone.
NOT!t Peak bourn are: Monday through Fridoy 6am - 10pm; Off-Peak Hours are: All other hours

Summer fur energy values includes Jane through September Winter i~ all othermonhlrn
All Costs Include losses on the ISO-adnnistered Trarrsrnission Systerr~ DSM savIngs should Include distribolion and local traosrrsoiorr losses. ECM phase-in

2010-11 60%
Formatted for input to OSM noreerring models 2011-12 80%

2012-13 100%
2013-14 100%

::: —~~— —~~— : SlkW-mnnth 3-kWh. $lfcWh $IlcWln $lkWlr 3-kWh 61kw-yr tI/kb 5/kW-yr S/kWh

Levelized -

(2000-2040) - - 0.034 0.033 0.035 0.037 -34.7 26.0 0.211
(2009-3040) . 8.034 0.033 0.038 0.037 36.2 272 0.215
S years (2000-121 0.037 - 0037 0.042 0.040 19.5 14.0 0.016
loyears (2000-17) 0.035 6.035 0.039 0.038 20.0 - 18.7 0.090.
l8yearn(2088-22) 0.034 0.033 0.035 0.030 27.6 20.9 6.130
PVto 2000 -

PVte 2009

- 0.068 114

Notes:
1) Capacity price conceIted to $Jk’Mvatzonal on-peak summer load factor.
2) Projected environmental costs represent costs that are not yet internalized. Soslaloabitly Target = Allowance Price yslernatznd value) * Eusironmenlol Cost

0
0
O -All Avoided Costs are in Norrinals; Peak hours ate: Monday through Friday 6am - lOpnn Off-Peak Huors ore: All olher hours.
435 _S~ inclodesJuoethmoghSepiembeCthtclerisall other months.

S :ergy Econondcs —AESC 2007

E-57

. Wholesale Power Price. Nominal Dollars . - . Inputs (Real 2007$)
~ FCM Revenue

~ Additional C02 Costs (not ad avoided cost;
do non add to avoidedg38ty( Avoided Costs bufon~Add- ~arrdir 0g__ EEC Costs DRlPEforlestallalir tin2090 ORlPEforlnstallatirn;in 2089

-Winter Winter Off- Summer - Summer Summen ~ 0n4’eak winner winner err- Summer Summer An,, ICAP winier winter oi summer Summer Annual Winter Winter 01 Summer Summer
Peak Peak Peak Off-Peak June.July, Duoember, Copaoi~ Peak Peak Peak Off-Peak rlo~ All Energy Peak Peak Peak Off-Peak Market Peak Peak Peak Oft-Peak Co en

Energy Energy Energy Energy August January valout Energy Energy Enorgy Energy V~fau Energy Energy Energy Energy v~’ Energy Energy Energy Energy

S/kWh 5/kWh S/kWh S/trW-yr S/kWh S/kWls S/kWh S/kWh 91kW-yr

Resin- •107
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0
0

01
01

$lkWlt $!kW.yr $9-Wit $IRWtt SlkWh

EXHIBIT E-~ ..~n-SWCT.N$

51kW-yr

Inflation 2.5%
Retail Adder 10%

Noninel Discount Rate 4.8%
Capacity Losses: Generation to ISO Detvmy 3.4%

Zoos] On-Peak Summer Load Factor 80%

0.165 162,3 0.008 5.056 8.017 0.058 18.9 0.008 0.005 0.010 0.008 14.5
0.106 172.3 0.007 0.006 0.016 0.008 20.1 0.000 0.007 6.017 0.009 15.4
0.070 61.0 0.030 0.024 5.063 0.032 63.4 0.030 0.024 0.061 0.031 28.8
0.079 103.8 0.017 0.014 0.035 0.016 39.9 0.017 0.013 0.03.4 0,0t7 30.6
0.083 123.1 0.013 0.010 0.026 0.013 28.5 0.012 0.010 0.025 0.013 22.6

0.138 0.112 0286 0.145 3262 0.135 0.109 0280 0.142 250.0

0.142 0.114 0.204 0.149 262.0

AESC Nominal Dollar Avoided Cost Results by Screening Zone
NO’09: Peak hears are; Monday through Friday 6am - 10pm; Off-Peak Hours are: Alt ether hears

Summer for energy valaes includes June through September; Winter is alt other months
PiT Costs Include losses no the ISO-adnilnistered Transmission System. OSM savings should include distiib050t and Inca] transnistion Tosses

Formatted for input to OSM scrunniog models

ELGCTRIC AVCIII1FI) 005TS

$9-Wit S9-Wh

- - Wholesale Fewer Price, Nnmieat Dollars

Connecticut e’r$E),~yy))y-e-stCnonnc St ORlPEfnrtnstatlaeirn~in 2000 DRIPEf’tnstallatie-rvln2059

Winter WioterOff- Summer Summer Annual Winter Wlntert3if- Sammer Summer Annual ~ j~i~nf. Summer Summer Annual
Peak Peak Peak 000.Peak Market Peak Peak Peak Off.Peak Market Peak Peak Fault OlT.Peah Market

Energy Energy Energy Energy Energy Energy Energy Energy CapaCrOy Energy Eeergy Energy Energy Cprorty

$!kWh $ltrWh S/kWh S/kwh S8uW.yr
Units:

Period:
2007
2088
2009
2510
2011
2812
2513
2014
2515
2016
2617
2010
2019
2029
2021
2022
2023
2024
2020
2626
2027
2028
2q29
2030
2031
2632
2033
2534
2035
2036
2037
203E
2039
2040

Levelized
(2008-2040) 0.147
(2809-2048) 0.149
0 yeses (2000-12) 0.108
10 years (2808—17) 0.111
15 years (2003-22) 0.116
PVIO 2508
PVtn 2009

$lhWlr

0,104
0.108
0.111
0.111
0.112
0.115
0.116
0.117
0.121
0.126
0.134
0.135
0.140
0.148
0.153
0.162
0.169
0.176
0.183
0.190
0.187
0205
0214

0231
0240
0250
0.260
0270
0281
0292
0304
0.316
0.320

0.162
0.165
0.112
6.117
0.124

0.307
0.105
0.081
0.081
0.085

Notes:
1) Capacity price c000eded in S/kwh at zonal on-peaksamnmr toed lacIer.
2) Projected envIronmental cools represent costs that are not yetinlemalized. Sustalnabltty Ta~et= Allowance Price (ivtematzed valne) * Environmental Cost

—P6 Avoided Costs nra In Noninalil: Peak hours are: Monday through Friday Ohm- 10pm; 011-Peak I-mars are; All other Irousc
-Sarmoer includes June Orrooalv September; 1/rIoter Is alt outer omnths.
Synapse Energy Economics .-AGSC 2007
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EXHIBIT E-1 non-SWCT-N$

Units:

Period:

AESC Nominal Dollar Avoided Cost Results by Screening Zone
NOTE Peak hours ate: Monday through Feiday Sans -10pm; Off-Peak Hours are: All other bouts

Summerforenergyvalues includes June through Septembeff Winter Is all other months
Al Costs include losses on the ISO-udninlstered Transmission Systerm DSM savings shouti Include dIs barbs end local iransndsnlnn lessen FCM phuneln

2010—Il 60%
Formatted for inputte OEM screening models 2011-12 60%

2012-13 100%
2013-14 100%

Wholesale Power Price, Nominal Dollars Inputs (Neal 2087$)
FCM Revenue

Additional C02 Costs (not art avoided cost;
(sue no dnroe add to avoid-’ costs) Avoided Costs bdfnreAdd~sandie6aar~n NEC Costs DRlpEfnrlnstallatic,ncin2tt6 — DRIPEforlnstallationsin2tt9 —

Winier WioterOtI- Summer Summer Summet Winter: On-Peak Winter WinterOif- Summer summer CAP Winter WlnterOf Summer Snnsnrer Annual Winier WinterOl summer Summer Annual
Peek Peak Peek Off-Peak June. July, December, ~ ~, Peak Peak Peak Off-Peak ar S All Energy Peak Peak Peak Off-Peak ~m~t Poak Peak Peak Off-Peak

Energy Energy Energy Energy August January Value’ Energy Energy Energy Energy V~oe Energy Snergy Energy Energy Energy Energy Energy Energy

$IbWh $IkWh $lkWh $IkWh month 91kW-month $!kWh $IkWh $bkWh $lkWh SlkWh 61kW-yr 0/kWh 81kW-yr 8/kwh S/kWh - 8/kWh 5/kWh 51kW-yr 8/kWh 9/kWh S/kWh S/kWh 91kW-yr

Levelized.
(2800-2048) 0:034 0.033 0.008 0.037 34.7 20.0 0.213
(2tt9-2040) . 0.034 0033 0.038 0,037 36.2 272 0217
Spears (2006-12) 0.037 0.037 0.042 0.040 19.5 14.6 0.016
18 years (2008-17) 0.035 0.035 0.039 - 0.038 25.0 .18.7 0.099
lSyears(2008-22) 0.034 8.033 0.038 0.036 27.5 20.9 0.136
PVto2008
PVto2009

Notes:
1) Cepaubty price converted to S/kwh utznnul on-peak snrnmer loud factor.
2) Projected ennbronroenlul costs represent cosrsorutore snlyetinleroalbzed. Sustainubitty Turgvt’~ Allowance Price (Intomolizod value) + Ennironmenlal Cost

0
0
O -All Autrided Cools are in NondnnIS; Peak hours are: Morrdoytlirough Friday 6am- loper; 01/-Peak Hours urn: All other hours.

-7 ‘ncludes Jove through Sopferther 1/doter (sat other months.
I ner0yEcnnnrrdus—AESC2007

E-59
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Exhibit F-I Constant$

Notes
Based on adjusted A2O 2007 forecast for New England.

2 Adjusted AEO Electrical sector forecast
3 Based on historic price difference relative to Distillate.
4 Based on adjusted AEO 2007 forecast for New England.
5 Based on historic price difference relative to Distiiiate.
6 No premium or discount assigned for biofueis.
7 Based on historic relationship with distillate prices.

Leveilzed with a real discount rate of; 2.22%

New as of 8/31/07
F-i

000457

Appendix F - New Eng’and Average Price Forecast of Other Fuel Prices by Sector
(New as of 8/3 1107)
New England Average Price Forecast of Oilier Fuel Prices by Sector (2007$)

No.6
Fuel No. 2 No.2 ResIdual Fuel No. 4 Fuel Oil Propane Kerosene BloFuel BloFuel WoodDistillate Distillate <~ 1% Sulfur

Market RetaIl Retail Retail Retail Retail Retail Retail
Sector ResIdential Commercial Commercial CommercIal Residential Res & Corn B5 Blend B20 Blend ResIdential
Notes 1 1 2 3 4 6 6 6 7
Year $/MMBtU $/MMBtU $JMMBtu $/MMBtu $/MMBtu $/MMBtu $/MMBtu $/MMBtu $/MMBtu
2007 15.84 13.97 9.46 11.71 26,81 16,47 15.84 15,84 5.67
2008 18.43 14.49 9.82 12.15 28.76 17,09 18.43 16,43 5.88
2009 16.06 14.15 9.59 1187 28.97 16,69 16.05 16,05 5.75
2010 15.58 13.74 9,31 11.52 29.43 16.20 15.58 15.58 5.58
2011 15.10 13.32 9.03 11.17 29.71 15,71 15.10 15.10 5.41
2012 14.67 12.94 8.77 10.85 30.08 15.26 14.67 14.67 5.26
2013 14.22 12.54 6.50 10.52 29.61 14.79 14.22 14.22 5.09
2014 14.03 12.37 8.38 10.38 29.63 14.60 14.03 14.03 5.03
2015 14.10 12.43 8.42 10.43 29.55 14.66 14.10 14.10 5.05
2016 14.16 12.49 8.46 10.47 29.60 14.73 14.16 14.16 5.07
2017 14.29 12.60 8.54 10.57 29.85 14.86 14.29 14,29 5.12
2018 14.42 12.72 8.62 10.67 29.76 15.00 14.42 14.42 5.17
2019 14.55 12.83 8.69 10.76 29.89 15,13 14.55 14.55 5.21
2020 14.68 12.95 8.77 10.88 29.80 15.27 14.68 14.66 5.26
2021 14.88 13.12 8.89 11.00 29.67 15.47 14.88 14,88 5.33
2022 15.07 13.29 9.01 11.15 29.82 15.68 16.07 15.07 5.40
2023 15.27 13,47 9.12 11.30 29.97 15.88 15.27 15.27 5.47
2024 15.46 13.64 9.24 11.44 30.01 16.09 15.46 15.46 5.54
2026 15.66 13.81 9.36 I 1.58 30.02 16.29 15.66 15.66 5;61
2026 15.79 ., 13.92 9.44 1 1.68 30.05 16.42 15.79 15.79 5.66
2027 16.92 14.04 9.51 11.78 30.15 16.56 15.92 15.92 5.70
2028 16.05 14.16 9.59 11.87 30.31 16.70 16.05 16.05 5.75
2029 16.18 14.27 9.67 1 1.97 30.41 16.63 16.18 16.18 5.80
2030 16.31 14.39 9.75 12.07 30.45 16,97 16.31 16.31 5.84
2031 16.48 14.53 9.85 12.19 30.75 17.14 16.48 16.48 5.90
2032 16.64 14.68 9.94 12.31 31.06 17.31 16.64 16.64 5.96
2033 16.81 14.82 10.04 12.43 31.37 17.48 16.81 16.81 6.02
2034 16.98 14.97 10.14 12.56 31.68 17.66 16.98 16.98 6.08
2035 17.15 15.12 10.25 12.68 32.00 17.83 17.15 17.15 6.14
2036 17.32 15.27 10.35 12.81 32.32 18.01 17.32 17.32 6.20
2037 17.49 15.42 10.45 12.94 32.64 18.19 17.49 17.49 6.26
2038 17.87 15.58 10.56 13.07 32.97 18.38 17.67 17.67 6.33
2039 17.84 15.73 10,66 13.20 33.30 18.56 17.84 17.84 6.39
2040 18.02 15.89 10.77 13.33 33.63 18.74 18.02 18.02 6.45

Levelized
(2008-2040) 15.61 13.77 9.33 11.55 30.29 16.24 15.61 15.61 5,59
(2009-2040) 15.58 13.74 9.31 11.52 30.36 16.20 15.58 15.58 5.58
5 years (2008-12) 15.59 13.74 9.31 11.53 29.37 16.21 15.59 15.59 5.58
loyears(2008-17) 14.91 13.15 8.91 11.03 29.50 15.51 14.91 14.91 5.34
15 years (2008-22) 14,85 13.10 8.87 10,99 29.58 15.45 14.85 14.85 5.32



Exhibit F-2 Nominal$

Levelized
(2008.2040)
(2009.2040)
5 years (2008-1 2)
10 years (2008-17)
15 years (2008-22)

Notes

2
3
4
5
6
7

Based on adjusted AEO 2007 forecast for New England.
Adjusted AEO Electrical sector forecast
Based on historic price difference relativeto Distiiiate.
Based on adjusted AEO 2007 forecast for New England.
Based on historic price difference relative to Distillate.
No premium or discount assigned for biofuels,
Based on historic relationship with distillate prices.
Levelizod wIth a nominal discount rate of: . 4.78%

42.76 22.92 22.04 22.04
43.68 23.26 22,36 22.36
31.58 17.43 16.76 16.76
33.56 17.64 . 16.96 16.96
35.47 18.53. 17.81 . 17.81

New as of 8/31/07
F-2

New England Average Price Forecast of Other Fuel Prices by Sector ~Nominal$)

N2 N2 No.6
Fuel . ° Residual Fuel No.4 Fuel Oil . Propane Kerosene BioFuel BioFuel Wood• Distillate Distillate < 1% Sulfur .

Market Retail Retail Retail Retail Retail Retail Retail
Sector . Residential Commercial Commercial Commercial Residential Res & Corn 85 Blend B20 Blend Residential
Notes I 1 2 . 3 4 5 . 6 . 6 7

~ Year $/MMBtu $/MMBtu $/MMBtu $/MMBtu $/MMBtu $/MMBtu $/MMBtu $/MMBtu $/MMBtu
2007 ‘ 15.84 13.97 . .9.46 11.71 26.81 16.47 15.84 15.84 5.67
2008 ~, 16.84 14.85 10.06 12.46 29.47 175.2 16,84 . 16.84 6.03
2009 16.86 14.87 10.07 12.47 30,43 17.54 16.86 16.86 ., 6.04
2040 16.77 14.79 .~ 10.02 12.41 31.69 17.45 16.77 ‘16.77 .6,01
2011 16.67 14.70 9.96 12.33 32.79 17.34 16.67 16.67 5.97

~ 2012 16.60 14.64 9.92 12.28 34,03 17,27 16.60 16.60 5.96
2013 16.49 14.54 9.86 . 12.20 34.33 17.16 . 16.49 16.49 5.91
2014 . 16.68 14.71 9.97 12,34 35.22 17.35 16.98 16.68 5.97
2015 17.17 15.14 ‘ 10.26 ~. 12.70 36.00 17.86 17.17 17.17 . 6.15
2016 . 17.68 15,59 10.57 . . . 13.08 36.97 18.39. 17.68 17.68 6.33

~ .2017 . 18.29 16.13 . 10.93 13.53 38.21 . 19.03 . 18.29 18.29 6.55
2018 . ... 18.92. 16.69 11.31 . 14.00 . . 39,05 19.68 . 18,92 18.92 . 6.78~ 2019 . 19,57 . 17.26 11.69 . 14.47 39.93 20.35 19.57 19.57 7.01

2020 20.24 . 17,85 12.09 14,97 41.08 21,05 20.24 . 20.24 7.25
2021. 21.02 18.54 12.56 ‘ 15.55 41.93 21.86 . 21:02 21.02 7.53
2022 ‘ . . 21.83 .19.25 . 13.04 . 16.15 43.19 22.71 21.83 21.83 7.82
2023 . 22:67 19,99 13.55 . 16.77 44.48 23.58 22.67 22.67 8.12
2024 23.53 20.75 . 14.06 17.40 45.66 24:48 . 23.53 23.53 8.43
2025 24.43 21.54 14.60 18.07 . 46,81 . 25.41 24.43 24.43 8.75

~ 2026 25.24 22,26 ‘ 15,08 18.67 48.04 26.26 25.24 25.24 9.04
2027 26.09 23.01 15.59 19.30 . 49,41 27.14 26.09 .26,09 ‘ 9,35
2028 26.96 23.77 16.11 19,94 50.91 28,04 26.96 26.96 9,66
2029 . 27.86 24.56 16.65 20.61 52.35 28.98 . 27.86 . 27.86 9.98
2030 28.79 .25.39 17.20 21.29 53.72 29,94 28.79 . 28.79 1031
2031 . 29.80 26,28 . 17.81 22.04 65.62 31,00 29.80 29.80 10.67
2032 30.85 27.21 18.44 2~.82 57.58 32.09 30.85 30.85 .11.05
2033 31.94 . 28.17. 19.09 23.63 59.51 . 33.22 31.94 . 31.94 .11.44
2034 33.07 29.16 19.76 24.46 61.71 34.39 .33.07 33.07 ~11.84
2035 34.23 30.19 20.45 25.32 . 63.88 35.61 34.23 34.23 12.26
2036 35.44 . 31.25 21,18 26.21 68,14 36.86 35,44 35.44 12.69
2037 36.69 . 32,35 21.92 27.14 . 68,47 . 38.16 36.69 36.69 13,14
2038 37.98 33.49 22.69 28.09 70.88 39.51 37.98 37.98 13,60
2039 39.32 34.67 23.50 29,08 73.38 40.90 39.32 39.32 . 1408
2040 . 40.71 35.90 24.32 30.11 75.97 42.34 40.71 40.71 14.58

22.04 . 19,43 13.17 16.30
22.36 .19.72 13,36 16.54
16.76 .. 14.78 10.01 12.39
16,96 14.96 . 10.14 . 12.55
17.81 15.71 . 10.64 . 1318

7.89
8.01
6.00
6.08
6.38
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Préface

• The Annual Energy Outlook 2008 (AE02008), pre
pared by the Energy Information Administration
(ETA), presents long-term projections of energy
supply, demand, and prices through 2030. The pro
jections are based on results from EIA’s National
Energy Modeling System (NEMS). ETA published an
“early release” version ofthe AE02008 reference case
in December 2007; however, the Energy Independ
ence and Security Act of 2007 (EISA2007), which was
enacted later that month, will have a major impact
on energy markets, and given the year-long life of
AE02008 and its uae as a baseline for analyses. of
proposed policy changes, ETA decided to update the
reference case to reflect the provisions of EISA2007.

The report begins with an “Overview” summarizing
the AE02008 reference case and comparing it with
the Annual Energy Outlook 2007 c~AEO2007) refer.
ence case. The Overview also includes a section that
provides a comparison between the AE02008 re
leased in December and the current version. The.next
section, “Legislation and Regulations,” discusses
evolving legislation and regulatory issues, including ~

• summary of recently enacted legislation, such •as
EISA2007, and provides an update on the handling of
aspects of previously enacted legislation, ,such as the
loan guarantee program set up by Title XVII of the.
Energy Policy Act of 2005 (EPACT2005). This section.
also provides a summary of State renewable fuel re
quirements and emissions regulations aiid a discus
sion of how selected Federal fuel taxes and tax credits
are handled in AE02008.

The “Issues in Focus” section includes discussion of a
scenario under• which electricity generation options
other than natural gas are ‘restricted and natural gas
supply is limited; the competitive factors that influ
ence imports of liquefied natural gas (LNG); and the

implications of . changing the basis for measuring
heating and cooling degree-days. It also discusses the
implications of uncertainty in energy project costs
and the basis of the world oil price and production
trends in AEO2008. V

The “Market Trends” section summarizes the pro
jections for energy markets. The analysis inAEO2008
focuses primarily: on a reference case, low and high
economic growth cases, and low and high energy price
cases, Results from a number of other alternative
cases are.älso presented, illustrating uncertainties as
sociated with the reference case projections for en
ergy demand, supply, and prices. Complete tables for
the five primary cases are provided in Appendixes A
through C. Major results from many of the alterna
tive cases are provided in Appendix D.

AE02008 projections are based on Federal, State,
and local laws and regulations in effect on or before
December 31, 2007. The potential impacts of pending
or proposed legislation, regulations, and standards
(and sections of existing legislation that require im
plementing regulations or funds that have not been
appropriated) are not reflected in the projections.

tn general, historical data used in the AE02008 pro
jeôtions are based on :EIA’s Annual Energy Review
2006, published in June 2007. Other historical data,
taken from niultiple sources, are presented for com
parative purposes; . documents referenced in the
source notes •should be consulted for official data
values.

AE02008 is published in accordance with Section
205c of the Department of Energy (DOE) Organiza
tion Act of 1977 (Public Law 95-91), which requires
the ETA Administrator to prepare annual reports on
trends and projections for energy use and supply.

Piojections in AJI.~O2008 aie not statements of wh~ chaiacteiistics aie indicative of ieal woild tendencies
will happen but of what might happen, given the i athei than i epiesentatj~ns of spccific outcomes
assumptions and methodologies used The pi ojcctionc -

ai e business as usi~al Ia end e~imates, given known Enei gy mai ket pi ojectaons aie subject to niuch uncei
technology dfld te~hnologieal and demog~aphie ti ends — tainty Many oI the events that shapc eoei gy mai kets
,,4E02008 assnmes that cpuent law~ahd icgulatiotis aie iandoñi and cannot be anticipated In additiofi,
a~ a maint’uned thi aiighout th,~ pi ojec~ions fhuji the - futui ~ developments in technologies, deinogi aphic,s,
pi ojectiop s p1 ovide a policy neuti au efei ence case tl~a~t - aad i esoui ees cannot be foi eseeñ ~ ith ce~ t~1nty
can be used to ~naIy7e pohey initiatives Many key unceitainties in Lh~ AE02008 projections

— are addiessed thiough alternative cases
Because eneigy rnaikcts aie complex, models aie — - -

simplified iepiesentati.ons of eneigy pioduction EIA hn.s endeavoied to’make thosC piojections as
and— consumption, a egulations, alid l5roducea and objccti~ e, reliable, and _us~ful as possible, h~we~ ci,
consumei beh’ivioi Piojcctions are highl~ dependent they ~ahould selve as an adjunct to,Thot a substinito foi
on the dat~, methodologies model stiuctu.i~s, and a complete and focuscd analysis of pujlic policy
assumptions used in then development ~ehavaoa al lnth9.taves — —

11 Energy Information Administration / Annual Energy Outlook 2008
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Overview

Energy Trends to 2030

In preparing jirojections for AE02008, ETA evaluated
a wide range of trends and issues that could havoma
jor implications for U.S. energy markets between to
day and 2O30~ This overview focuses on one case, the
reference case, which is presented and compared
with the AE02007 reference case (see Table 1).
Readers are encouraged to review the full range of
alternative cases included in other sections of
AE02008,

• As in previous editions of the Annual Energy Outlook
(AIJJO), the reference case assumes that current poli
cies affecting the energy sector remain unchanged

• thro.ughoutthe projection period. The reference case
provides a clear basis against whiôh alternative cases
and policies can be compared. Although current laws
and regulations may change over the next. 25 years,
and new ones may be created, it is not possible to
predict whatthey will be or how they will be imple
mented [1].

ETA published an ~‘early release” version of the
AE02008 reference case in December 2007. Later
that month, E18A2007 was enacted. The provisions in
E1SA2007 will have a major impact on energy mar
kets, particularly liquid fuels. Given the year-long life
of AE02008 and its use as a baseline for analyses of
proposed policy changes, ETA decided to update the
reference case to reflect the provisions of EISA2007.
A short summary. of the impact of including EISA-
2007 is provided in the box on pages 3 and 4.

Trends in energy supply and demand are affected by
many factors that are difficult to predict, including
energy prices, U.S. arid worldwide economic growth,
advances in technologies, and future public policy de-.
cisions both in the United States and in other coun
tries. As noted in AE02007, energy markets are.
changing hi response to readily observable factors,
which include, among others: higher energy prices;
the growing influence of developing countries on
worldwide energy requirements; recently enacted leg
islation and regulations in the United States; chang
ing public perceptions on issues related to emissions
of air pollutants and greenhouse gases (GHGs) and
the use of alternative fuels and; and the economic via
bility of various energy technologies.

Projections in the AE02008 reference case have been
updated to better reflect trends that are expected to
persist in the economy and in energy markets. For ex
ample, the projection for U.S. economic growth, a key

2

determinant of U.S. energy demand, is lower in
AE02008 than it was in AE02007, reflecting an
updated assumption for productivity improvement.
Other key changes in the AEO2008 projections
include:

• Higher price projections for crude oil and natural
gas

• Higher projections for delivered energy prices, re
flecting both higher wellhead and minemouth
prices and higher costs to transport, distribute,
and refine fuels per unit supplied

• Slower projected growth in energy demand (par
ticularly for natural gas but also for liquid fuels
and coal)

Faster projected growth in the use of nonhydro
electric renewable energy, resulting from a re
vised representation of State renewable portfolio
standard (RPS) provisions

Higher projections for domestic oil production,
particularly in the near term~

• Slower projected growth in energy imports, both
natural gas and oil

Slower projected growth in energy-related emis
sions of carbon dioxide (002),

Coal, liquid fuels (excluding the biofuels portion of to
tal liquids supply), and natural gas meet 80 percent of
total U.S. primary energy supply requirements in
2030—down from an 85-percent thare in 2006,
reflecting the inäorporation of EISA2007 provisions,
slower economic growth, higher energy prices, lower
total energy demand, and increased use of renewable
energy when compared with AE02007.

Economic Growth

The AE02008 reference case reflects reduced expec
tations for economic growth: U.S. gross domestic
product (GDP) grows at an average annual rate of
2.4 percent from 2006 to 2030—0.4 percentage points
slower than the rate in theAE02007 reference case
over the same period. The main factor contributing to~
the slower rate of growth in GDP is a lower estimate
of growth in labor productivity. Nonfarm business
labor productivity grows by 1.9 percent per year in
the Ali!02008 reference case, compared with 2.3 per
cent per year in A12J02007. Nonfarm employment
growth is 0.9 percent per year in the AE02008 refer
ence case, about the same as in AE02007. From
2006 to 2030, total industrial shipments grow by
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I,npactsof Updating the AE02008 Referen~e Case

ETA’s decision to update the AE02008 eai ly i olease x efu en~i. ease both i educes total enci gy consump
z efez encc case was motivated by the enactment in tion and shifts consumption to fuels that ai e less
December2007 of EISA2007, which contains niany carbon-inteiisiveor are carbon-neutraL As a i~sült,
pi ovisions that will significantly influence future the pi ojc~tion foi total eiiei gy i elated 002 emis
enu~ ticnds The specific EJSA2007 piovisions sions in 2030 is 6,851 million metric tons in the
modeled niEAJIJO2008 include updates to the ienew AE02008 iefez once case, as compaied with 7,373
able fuel standaid (RFS) and the coipox ate avei age million inetiic tons in the eazly zelease iefei once
fuel economy (CAFE) standaid foi ilew light duty case—a diffeience of 7 pci cent oi 522 million rnetuc
vehicles (LDVs), updated and ncw appliance enei gy tons (see ilgtii e below) The diffez once between the
efficiency standai de foi boilei s, dehuznidifiei s, dish two cases gi ows ovei time, so that cumu1ati~ e
washeis, clothes washeis, and coinmeicial walk in eneigy ielated 002 emissions ovei the peizod fiom
1 efi igei atoi s and ft ectei s, lighting enei gy efficiency 2008 to 2030 are 5 3 billion metiic tons lo~ ci in the
standai ds, pi ovisions to i educe enci gy consumption AE02008 i ofci ence case than in the cal ly release
in Fcdei al buildings and efficiency standai ds foi in i efei once casc
dustizal ele±ic motois

Total anflual Larbon dzo%ide emzbswns ~n the
Consistent with the genei al appi oach tised in past eari’~ , elease and AE02008 relLrcnce L~hL~

AEOs, the iefoionce case does not considei those 1980 2030 (~mUhon metrze tons)
sections of EtSA2007 that 1 equn e appi opi iations ~ 000 Hisio’y P,ojcctzons

~‘01 ~p1en e~t~t~o~ o~ scct~ons w.tui. hi~hiy ui1~Ci ,~ ‘‘~

tarn impacts cii enei gy mai kcts It also includes ad ALO2008

ditional ievisions that ieflect histoiical data issued 6000

aftei the AEO200S early zelease icfcaenec case was
completed new data fiorn EIA’~ January 2008 4000

Shoi t Pci in Enei g~’ 0u.tlooli (~11EO~, ammo cmi etit
economic outlook, ami techmcal updatcs to the eai
liei voi sion of NEMS 2000

Total eneigy com~uinption and gi eenhouse
gas einzs~ons .1980 1990 2006 2020 2030

ETSA2007 has a significant impact on both piojected
total enci gy consumption and GHG emissions Total Ltqüzd fuels con&umptzon and impoi t~
p.lirnaiy enezgy consumption in the AE02008 zefei
ence ease gi o~ s by 18 5 quadi illion British thei mal The combination of a highei CAFE standaz d foi new
units (Btii), ft orn 99 a quadiillion Btu in 2006 to LDVs and an updated RFS has a substantial impact
118 0 quathillion Btu in 2030—5 3 quadnlhon Btu on the level and mix of liquids consumption Total
less than in the caily ieleasc iefoiencc. case J~J liquids consumptiona in 2030 in theAEO2008 zcfei
though other changes wei e also made, the inclusion once case, including the impact of EISA2007, is 22 8
of EISA2007 is by fai the most impoi tant In 2030, million bai rols pci day—2 1 million baii els pci day
the pi ojected consumption levels foi liquid fuels, lower than in the eai ly i elease i cfci once case
natuial gas, and coal all aie loWei in the AE02008

Conventional petroleum, consumption in 2OaOr OX~reference case than they wore in the .early~release . - .. ‘... ‘:.‘- :. - . .

. . ..~. ~. .~ .. . cluding biofuels”but’ including coal-to-hquids(OTL)

cases, .. .. .,. ‘-. ~‘: .‘. .~ . die~e1 (a. nonrenewable fu~l), is 2,9 n~ilhi~n.bárrels

Without t1i~ application of carbon è~pttire’and’s~- pOr day les’~: iii~theAEO2OO~ reference case. On
quéstratlon (005) technology, 002 emi~sions.frór~i’ an energy basi~, total liquids consumption is .44:0
the comb~isti~on of fossil fuels are ~opo~’tional-’±o quadrillion Btü in 2030 hi tl~ AE02008 reference
the consumption and caibon content of the fuels case, about 9 pcicent lowei than piojected in the
Inclusion of ZISA2007 provision$ in the AE02008’ e~rly-reIease case.

(continued on page 4,)

~Liqüid ~zel~ include conventional petroleum’~rbduats, ethanol, biodiesel, diesel fro,~z bi~rna5~, CTL’, and gas-to-liquids.
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As a result• of t~jent strong economic growth world
wide, transitory,~shortages of experienced personnel,
equipment, and~construction materials in the oil in
dustry, and political instability in some major produc
ing regions, oil, prices currently are above EIA’s
estimate of the long-run equilibrium price. EIA’s ex
pectations regarding the ultimate size ofboth conven
tional and unconventional liquid resources have not
changed since last year’s AEO.

The AE02008 reference case represents EIA’s cur
rent judgment about the most likely behavior of key
OPEC members in the mid-term, In the projection,
OPEC countries increase production at a rate that
keeps their market share of world liquids production
a~pproximately 40 percent through 2030,

The AE02008 reference case also projects significant
long-term potential for supply from non-OPEC pro
ducers. In several resource-rich regions—including
Brazil, Azerbaijan, and Kazakhstan—high oil prices,
expanded infrastructure, and new exploration and
drilling technologies permit additional non-OPEC oil
production. Also, with the economic viability of Can
ada’s oil sands enhanced by higher world oil prices
and advances in production technology, oil sands pro
duction is expected to reach 4 million barrels per day
in 2030.

The price ofnatural gas also is higher in the AE02008
reference case. The real welihead price of natural gas
(in 2006 dollars) declines from current levels through

2016, as new supplies enter the market. After some
fluctuations through 2021, real natural gas prices rise
to $6.63 per thousand cubic feet in 2030 ($10.64 per
thousand cubic feet in nominal dollars). The higher
prices in the Ai1J02008 reference case reflect an in
crease in production costs associated with recent
trends that were discussed in .411J02007 but were not
reflected fully in thoAE02007 reference case [3]. The
higher natural gas prices also are supported by higher
oil prices.

Minemouth coal prices in the AE02008 reference
case, both nationally and regionally, are generally
similar to those projected in the AE02007 reference
case. By region, the largest price difference is for Wyo
ming’s Powder River Basin, where the projected aver
age minemouth price in 2030 is 12.1 percent above
the AE02007 projection, at $0.66 (2006 dollars) per
million Btu, reflecting a less optimistic outlook for im
provements in coal mining productivity.

Average real minemouth coal prices (in 2006 dollars)
fall from $1.21 per million Btu ($24.63 per short ton)
in 2006 to $1.14 per million Btu ($22.45 pershort ton)
in 2018 in the AE02008 reference case, as prices
moderate following a substantial run-up over the past
few years. After 2020, coal prices rise as demand in
creases, reaching $1.19 per million Btu ($23.32 per
short ton) in 2030. The 2020 and 2030 price projec
tions are 2.6 percent and 0.9 percent higher, respec
tively, than those in the A.E02007 reference case.
Without adjustment for inflation, the average mine-
mouth price of coal in the AE02008 reference case is
$1.91 per million Btu ($37.42 per ton) in 2030,

AE02008.projects higher prices for most energy fuels
delivered to consumers. For example, in 2030, the av
erage delivered price ofnatural gas (in 2006 dollars) is
more than $1 per million Btu higher in the AE02008
reference case than was projected in AE02007, In
part, the higher delivered prices result from higher
prices paid to fossil fuel producers at the wellhead or
minemouth; but they also result from updates made
to assumptions about the costs to transport, dis
tribute, and refine the fuels to make them more con
sistent with recent trends. For example, as a result of
declining use per customer and the growing cost of
bringing supplies from new regions to market, mar
gins between the delivered and wellhead prices ofnat
ural gas are higher than previously projected. Factors
contributing to higher margins for liquid fuels in
clude continued growth in the use of heavier and
sourer crudes, growing demand for cleaner products,

5

in unconventional liquids production; and (4) OPEC
behavior. With the forces driving demand outside the
United States as strong as, or stronger than, previ
ously. expected but with global supply projections
somewhat weaker, oil prices in AE02008 are higher
than projected in AE02007 [2],

Energy rnforznution Administration I Annual Energy Outlook 2008
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and the rising cost of refinery safety and emissions
abatement. .

Increases in diesel fuel prices in recent years have led
railroads to Implement fuel adjustment surcharges
on. coal shipments, which are incorporated in the
AE02008 reference case. The average real delivered
price of coal to power plants (in 2006 dollars) in
creases from $1.69 per million Btu ($33.85 per. short
ton) in 2006 to $1.78 per million Btu ($36.08 per short
ton) in 2030, 2,3 percent higher than in the AE02007
reference case, In nominal dollars, the ‘average deliv
ered price of coal to power plants is projected to reach
$2.86 per million Btu ($56.22 per short ton) in 203,0.

Electricity prices followtr,ends in the delivered prices
of fuels to power plants in the reference case. From
a peak of 9.3 cents per kilowatthour (2006 dollars)
in 2009, average delivered elcctricity .pt’ices decline
to 8.6 cents per kilowatthour . in ,2015 ~d them~
increase to 8.8 cents per kilowatthour in 2030. In

‘the A,E02007 referencecase, with slightly lower ex
pectations’fordëliveredEfuel prices’an4 construction
costs for. all, new technologies, electricity prices
reached 8.3 cents per kilowatthour (2006 dollars) in
2030. In nominal’ dollars, the average delivered ‘elec
tricity price in t1i~ .AE02008. reference case reaches
14.1 cents.p.eu kilowatthour~ in 2030. .

Energy Consumption by Sector

‘Total primary energy consumption ‘in’ the AE02008
reference case gràws by 19 percent between, 2006 and
2030 (an average rate of 0.7 percentper year), frOm
99.5 quadrillion Btu in 2006 to 118.0 quadrillion Btu
in 2030—13.2 quadrillion Etu less than in the
AE02007 reference case. In 2030, the levels of con
sumption projected’ for liquid fuels, natural gas, and
coal are lower ‘in the AE02008 ‘reference case than
they. were iii ‘the AE02007 reference case. Among the
most important factors leading to lower total energy
demand in the AE02008 reference case are lower eco
nomic growth, greater use of more efficient appli
ances and vehicles, higher energy prices, and slower
growth in energy-intensive industries.

Residential delivered ‘energy cqnsumption in the.
A11J02008 reference case grows from ‘10.8 quadrillion
Btu in 2006 to’ 12.9 quadrillion.Btu in 2030, or by 0.7
percent per year (Figure 2). Higher delivered energy
prices, slower growth in the housing stock, increases
in lighting ‘efficiency to meet the standards estab
lished in EISA2.007, and a revised accounting of heat
ing and cooling degree-days to better reflect recent

temperature trends contribute to the lower level of
residential energy use in the .,4E02008 projection,
which is 0,9 quadrillion Btu lower than the AE02007
projection.

Higher delivered energy prices and slower growth in
commercial square footage lead to slower growth in
commercial energy. consumption in ‘the AE02008
reference case than in .the AE02007 reference case,
Delivered commercial energy consumption grows
from 8.3 quadrillion Btu in 2006 to 11.3 quadrillion
Btu in 2030, over 1 quadrillion Btu less than in t~ie
AE02007 reference case.

Since 1997, delivered energy consumption in the U.S.
industrial sector has trended downward, falling from
about 27 qu~drillion Btu in 1997 to 25 quadrillion Btu
in’ 2006, despite rising output. A number of factors
have worked to reduCe industrial energy consumption
since 1997: economic weakness between 2000 and
2003,’ the hurricanes of 2005 that reduced activity in
some industrial subsectors, and rising energy price~.

Induati~iaI delivered energy’ comisumption increases to
27.7, quadrillion’ Btu in 2030. Although the AE02008
reference case includes steady’ economic growth and
declining’ ener~y, prices in the near term, growth in
the energy~jntensive industries continues lb be weak,
reflecting increased competition.from foreign regions
with ~lo~er’relative energy prices. Growth in the en
ergy-intensive U.S. manufacturing industries aver
ages 0.7 percent per year from 2006 to 2030, slower
than the ‘1.3-percent average growth in AE02007.

Delivered energy: consumption in the transportation
sector grows to 33.0 quadrillion Btu hi 2030 in the
AE02008 reference case, 6.3 quadrillion Btu less than
in .4E02007. The lower projected level of consump
tion predominantly reflects the influence of the new

6 Energy Information Administration / Annual Energy Outlook 2008
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CAFE standard for LDVs specified in EISA2007 and
slower economic growth, as well as the impact of
higher fuel prices.

EISA2007 requires new LDVs, including both cars
and trucks, to reach a combined average fuel economy
of 35 miles per gallon (mpg) by 2020, based on the
U.S. Environmental Protection Agency (EPA) test
value used to measure compliance with the CAFE
standard. The EPA CAFE test value generally differs
from the estimated mpg value on the fuel economy
label and, typically, exceeds the actual on-the-road
fuel economy of a new vehicle by a significant margin,
Despite these differences, the higher fuel economy
standards in EISA2007 significantly improve the
in-use fuel economy of the LDV stock. In the refer
ence case, the average in-use fuel economy for the
stock of LDVs in 2030 increases to 27.9 mpg, almost
40 percent above its 2006 level. To attain these fuel
economy levels, the projection reflects increases in
the sale of unconventional vehicle technologies [4],
such as flex-fue1,~ hybrid, and diesel vehicles, and a
slowdown in th~’growth of new light truck sales.

Energy Consumption by Primary Fuel

Total consumption of liquid fuels, including both fos
sil liquids and biofuels, grows from 20.7 million bar
rels per day in 2006 to 22.8 million barrels per day in
2030 in the AE02008 reference case (Figure 3), less
than the AE02007 reference case projection of 26.9
million barrels per day in 2030. Liquid fuels consump
tion is lower in all sectors in AE02008 than in the
AE02007 reference case, as a result of incorporation
of the new LDV CAFE standard specified in EISA-
2007, slower economic growth, and higher delivered
prices for liquid fuels. Much of the difference is in the
transportation sector.

In AE02008, natural gas consumption increases from
21.7 trillion cubic feet in 2006 to 23.8 trillion cubic
feet in 2016, then declines to 22.7 trillion cubic in
2030 (Figure 3). The projection for natural gas con
sumption in the AE02008 reference case is sharply
lower than in AE02007, where consumption grew to
26.1 trillion cubic feet in 2030. Consumption is lower
in all sectors in AE02008, and particularly in the in
dustrial and electricity power sectors. Industrial nat
ural gas use is 1.7 trillion cubic feet lower in 2030 in
the AE02008 reference case (8.1 trillion cubic feet,
compared with 9.8 trillion cubic feet in AE02007),
as a result of higher delivered prices for natural
gas, lower economic growth, and a reassessment of
natural gas use in the energy-intensive industries. In

AE02008, electricity generation accounts for 5.0 tril
lion cubic feet of natural gas use in 2030, compared
with the AE02007 projection of 5.9 trillion cubic feet,
The lower level of consumption in AE02008 results
from higher natural gas prices and slower growth in
electricity demand.

Total coal consumption increases from 22.5 quadril
lion Btu (1,114 million short tons) in 2006 to 29.9 qua
drillion Btu (1,545 million short tons) in 2030 in the
AE02008 reference case, As in the AE02007 refer
ence case, coal consumption is projected to grow at a
faster rate toward the end of the projection period,
particularly after 2020, as coal use for new coal-fired
generating capacity grows rapidly. In the AJIJO2008
reference case, coal consumption in the electric power
sector increases from 23,7 quadrillion Btu in 2020 to
27.5 quadrillion Btu in 2030, and coal use at CTL
plants increases from 0.6 quadrillion Btu in 2020 to
1.0 quadrillion Btu in 2030. The projected increase in
coal use for CII plants is lower than in previous
AEOs as a result of EISA2007, because investment
dollars that previously would have gone into CTL
capacity now flow to biomass-to-liquids (BTL) capac
ity; however, there is a great deal of uncertainty
around this projection.

The ,~4EO2008 reference case projects substantially
greater use of renewable energy than was projected in
AE02007. Total consumption of marketed renewable
fuels—including ethanol for gasoline blending, bio
diesel [5], and diesel from biomass [61, of which 2.8
quadrillion Btu in 2030 is included with liquids fuel
consumption—grows by 3.0 percent per year in the
reference case, from 6.8 quadrillion Btu in 2006 to
13.7 quadrillion Btu in 2030, compared with 9,9
quadrillion Btu in AE02007. About 45 percent of the
demand for renewables in 2030 is for grid-related

Figure 3. Energy consumption by fuel, 1980-2030
(quadrillion Btu~
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electricity generation (including combined heat and
power [CHPD,

The rapid growth in the use of renewable fuels for
transportation in AEO2008 t’efle,cts the EISA2007
RFS, which sets a requirement for 21 billion gallons
of advanced .biofuels and 36 billion gallons of total
renewable fuels by 2022. Included are requirements
for 1 billion gallons of biodiesel and 16 billion gallons
of cellulosic biofuels, both of which count toward the
advanced biofuels. requirement. The remaining 4 bil
lion gallons of. advanced biofuels may come from any
source. The difference between advanced biofuels and
total renewable fuels maybe met by corn ethanol.
Diesel fuels derived from biomass’ feedstocks count
for 1;5 times their physical volume in the calculation.
of credits toward the RE’S requirements, because
diesel has a higher energy content per . gallon than
ethanol does.

Although the.’situation is very uncertain, ~the current
state of the industry and E1~’s present view of pro
jected rates of technology. development and market
penetration of cellulosic biofuel technologies suggest
that available quantities of cellulosic biofi~els before
2022 will be insufficient to mee,t the new.. RFS targets~~
for cellulosic biofuels, triggering both waivers and a
modification of applicable volumes, as provided for ~fl.:
Section 211(o) of the Clean Mr ‘Act. as amended by
EISA2007. The modification of volumes reduces the
overall target in 2022 from 36 billion gallons to 32.5
billion gallons in the AE02008 reference case.

Ethanol use in the A~JO2OO8 reference case, grows
from’5..6 billion gallons in 2006 to 23.9 billion gallons
in 2030—about 16 percent of total gasoline consump
tion by volume and about 65 percent more than in
AEO200Y. Ethanol use for gasoline blending grows to
13.4 billion gallons and E85 consumption to 10.5 bil
lion gallons in 2030. The ethanol supply is expected to
be produced from both corn and cellulose feedstocks,
with corn accounting for 15.0 billion gallons and cel
lulose 6.9 billion gallons of ethanol production in
2030. Biodiesel use increases to 1.2 billion gallons in
2030, or about 1.5 percent of total diesel consumption
by volume. In addition, consumption of BTL diesel
grows to 4.5 billion gallons in 2030, or 5.3 percent of
total diesel consumption by volume.

Excluding hydroelectricity, renewable energy con
sumption for electric . power generation grows from
0,9 quadrillion Etu in 2006 to 3.2 quadrillion Btu
in 2030, as. compared with 2,1 quadrillion Btu in

8

AEQ2007, . The higher level of no.nhydroelectric .re
newable energy consumption in the ‘A1?J02008 refer
ence case reflects primarily a revised representation
of State RPS programs,. which require that specific
and generally increasing shares of electricity sales be
supplied by renewable resources, such as wind, ~olar,
geothermal, and sometimes biomass or hydropower.
Previous AEOs placed more weight on the “escape
clauses”.incOrporated in many State RPS programs,
given that the consumer costs .of the programs would
increase significantly if the Federal production tax
credit (PTO) for, qualifying renewable energy expired
as provided for under current law. The new represen
tation, which assumes that the State RPS goals will
be met absent a Cleay contrary indication, results in
significant additional growth of renewable generation
from wind, biolnass, and geothermal resources.

Energy Intensity

Energy intensity, measured asprimary energy use (in
thousand ‘Btu) .per dollar of QDP (in 2000 dollars), de
clines by. ‘áb~ut one-third from .2006 to 2030 in the
AE02008 reference case ‘(Figure 4).. Although energy
use generally increase~ as the economy grows, contin
uing improvenient in the’ energy effThiency of the U.S.
economy and a,shift to less energy-inter~sive activities
are projected to keep .the.rat.e of energy consumption
growth lower than the rate of GDP growth.

Since 1992, the energy intensity of the U.S. economy
has declined on average by 2.0 percent per year, in
part, because the share of industrial shipments ac
counted for by the energy-intensive industries has
fallen from 30 percent in 1992 to 21 percent in 2Q06.
In the A11J02008 reference case, the energy-intensive
industries’ share of total industrial shipments contin
ues to decline, although at a slower rate., to 18 percent
in 2030.

Figure 4. E4ergy use per capita and per dollar of
gross domestic product, 1980-2030 (index, 1980 = 1)
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Population is a key determinant of energy consump
tion, influencing demand for travel, housing, con
sumer goods, and services, Since 1990, the population
has increased by about 20 percent and energy con
sumption by a comparable 18 percent in the United
States, with annual variations in energy use per
capita resulting from variations in weather and eco
nomic factors. The age, income, and geographic distri
bution of the population also affect the growth of
energy consumption. Aging of the population, a grad
ual shift from the North to the South, and rising
per-capita income will influence future trends, Over
all, the U.S. population increases by 22 percent from
2006 to 2030 in theAEO2008 reference case. Over the
same period, energy consumption increases by 19 per
cent. The result is a decrease in energy consumption
per capita at an annual rate of 0,1 percent per year
from 2006 to 2030, a drop from the 0.3-percent yearly
increase in the AE02007 reference case.

Recently, as energy prices have risen, the potential
for more ei~ergy conservation has received increased
attention. ~Itfi~ough additional energy conservation
is induced by higher energy prices in the AE02008
reference case and by the passage of EISA2007, no
further policy-induced conservation measures are
assumed beyond those in existing legislation and reg
ulation, nor does the reference case assume behav
ioral changes beyond those observed in the past.

Energy Production and Imports

Net imports of energy are expected to continue meet
ing a major share of total U.S. energy demand (Figure
5). The increased use of biofuels resulting from
E1SA2007, much of which is domestically produced,
and the reduction in demand for transportation
fuels due to the new CAFE standards both serve to

Figure 5. Total energy production and
consumption, 1980-2030 (quadrillion Btu~
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moderate growth in energy imports. Higher fuel
prices over the projection period also spur increased
domestic energy production (Figure 6) and moderate
energy demand growth, further tempering growth in
imports. The projected net import share of total U.S.
energy consumption in 2030 is 27 percent, a decline
from the 30-percent share in 2006.

The projection for U.S. crude oil production in the
AE02008 reference case is higher than in the
AE02007 reference case, primarily as a result of more
production from the expansion of enhanced oil recov
ery (EOR) operations and, to a lesser extent, higher
crude oil prices. U.S. crude oil production in the
AE02008 reference case increases from 5.1 million
barrels per day in 2006 to a peak of 6.3 million barrels
per day in 2018, with production increases from the
deep waters of the Gulf of Mexico and from onshore
EOR projects, Domestic production subsequently de
clines to 5.6 million barrels per day in 2030, as in
creased production from new, smaller discoveries is
inadequate to offset declines in production from large
fields in Alaska and the Gulf of Mexico.

Total domestic liquids supply, including crude oil,
natural gas plant liquids, refinery processing gains,
and other refinery inputs (including ethanol, bio
diesel, BTL, and liquids from coal) generally increase
through 2022 in the AE02008 reference case, while
imports of crude oil and other petroleum products re
main flat. Total domestic. liquids supply grows from
8.2 million barrels per day in 2006 to 10.4 million bar
rels per day in 2030.

In the AR02008 reference case, the net import share
of total liquids supplied, including crude oil and re
fined products, drops from 60 percent in 2006 to 51
percent in 2022 and then increases to 54 percent in

Figure 6, Energy production by fuel, 1 980-2030
(quadrillion Btu) -
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2080, Net imports of èrude oil and net imports of
petroleum products in 2030 each are about 2.0 million
barrels per day lower in the AE02008 reference case
than in the AE02007 reference case. The primary
reasons for the difference between the AEO2.008 and
AE02007 projections for net imports of liquid fuels
are a lower level of total liquids consumption and a
higher level of biofuels consumption in the transpàr
tation sector in the AE02008 reference case.

Total domestic production of natural gas (including
supplemental natural .gas supplies) increases from
18.6 trillion cubic feet in 2006 to 20.0 trillion cubic
feet in 2022 before declining to 19.6 trillion cubic feet
in 2030 in the AE02008 reference case, The projec
:tions are lower .than in the AEO2O.07 reference case;
•which showed production increasing to 20.6 trillion
cubic feet in .2030, primarily because of higher costs
associated with exploration and development and,
particularly in thelast decade of the projection, lower
demand for natural gas in AE02008; Onshore pro
duction of unconventional natural gas is expected to
be a key contributor to the growth in U.S. supply,
increasing from 8.5 trillion cubic feet in 2006 to a
peak of 9.6 trillion cubic feet in. 2018 and generally
holding at about that level through 2030. .

The Alaska natural ~as pipeline is expected to be com
pleted in 2020 (2 years later than in the AE02007 ref
erence áase, .because of delays in the resolution of
issues between Alaska’s Stãtè government and indus
try participants). After the pipeline .goes into opera
tion, Alaska’s total natural gas production in the
AE02008 reference case increases to 2.0 trillion cubic
feet in 2021 (from 0.4 trillion cubic feet in 2006) and
then remains at that level through 2030.

Net pipeline imports of natural gas from Canada and
Mexico fall from 2.9 trillion cubic feet in 2006 to 0.3
trillion cubic feet in 2030 in the AE02008 reference
case (compared with the AE02007 projection of 0.9
trillion cubic feet in 2030). The difference between
the 2030 projections in AE02008 and AE02007 is
largely the result of a higher level of exports to Mexico
and lower demand in the United States.

Total net imports of LNG to the United States. in the
AE02008 reference case increase from 0.5 trillion cu
bic feet in 2006 to 2.8 trillion cublô feet in 2030, as
compared with 4.5 trillion~ cubic feet in 2030 in
A13J02007. The lower projection is attributable to two
factors: higher costs throughout the LNG industry,
especially in the area of liquefaction, and decreased

10

U.S. natural gas consumption due to higher natural~
gas prices, slower, economic growth, and expected
greater competition for supplies in .the global LNG
market. .

The future direction of the global LNG market is one
of the key ‘uncertainties in the .4E02008 reference
case. With~ many new international players entering
LNG markets, the competition for available supplies
is strong, and the amounts available to the U.S. mar
két may vary considerably from year to year The
AE02008 reference case has been updated to reflect
current market dynamics, which could change consid
erably as worldwide LNG markets evolve,

As domestic coal demaiid grows in the AE02008 ref
erence ‘case, U.S. coal production (excluding waste
coal) increases at an average rate of 0.8 percent per
year, from 28.8 quadrillion Bt’u (1,163 million short
tons) in 2006 to 28.6 quadrillion Btu (1,455 million
short tons) in 2030—IS percent less than in the
A.E02007 reference case. Production from mines west
of the Mississippi River provides the largest share of
the incremental coal, produCtion. On a Btu ‘basis, 59
peràent ,df: domestic coal production originates from
States west of the Mi~sissippi RivO,r in .2030, up from
49 pei cent in 2006

Typically, trends in US. coal production are linked to
its use for electricity generation, which currently ac
counts for 91 percent of total ‘coal consumption. Coal
consumption in ‘the, cle~itric ‘power sector in ‘the
AEO2008 reference case, at 27.5 quadrillion ~tu in
2030, is less than in the AE02007 reference case (31.1
quadrillion, Btu in 2030). Slower growth in overall
electricity demand, combined with more generation
from nuclear and renewable energy, underlies the re
duced outlookfor electricity sector coal consumption.
Another emerging market for coal is CTL. Coal use in
CTL plants grows from 0.6 quadrillion Btu (42 mil
lion short tons) in 2020 to 1.0 quadrillion Btu (64 mil
lion short tons) in 2030,

Electricity Generatiou

Total’ electricity consumption, including both pur
chases from electric power producers and on-site
generation, grows from 3,814 billion kilowatthours
in 2006 to ‘4,972 billion kilowatthours in 2030,
increasing at an average annual rate of 1.1 percent in
the AE02008 reference case~ In comparison, electric
ity consumption grew by annual rates of 4.2 percent,
2.6 percent, and 2,3 percent in the 1970s, 1980s, and
1990s, respectively. The growth rate in ~he AE02008
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projection is lower than in the AR02007 reference
case (1.5 percent per year). The reduced rate of
growth in AE02008 results from slower economic
growth, the imposition of new efficiency standards in
EISA2007, and higher electricity prices.

In the AJJJ02008 reference case, electricity generation
from natural-gas-fired power plants increases sharply
from 2006 to 2008 and then remains relatively stable
for the next decade, growing by 3 percent from
2008 to 2016—less rapidly than in the AE02007 ref
erence case. After 2016, however, generation from
new coal, nuclear, and renewable plants displaces
some natural-gas-fired generation (Figure 7). Iii the
AE02008 reference case, 741 billion kilowatthours of
electricity is generated from natural gas in 2030, 21
percent less than the 937 billion kilowatthours in
2030 in the AE02007 reference case.

In the AE02008 reference case, the natural gas share
of electricity generation (including generation in the
end-use sectors) remains between 20 percent and 21
percent thiough 2017 before falling to 14 percent in
2030. The coal?share remains between 48 percent and
49 percent from 2006 through 2018 before increasing
to 54 percent in 2030. Additions to coal-fired generat
ing capacity in the AE02008 reference case total 104
gigawatts from 2006 to 2030 (as compared with 156
gigawatts in the AE02007 reference case), including
4 gigawatts at CTL plants and 29 gigawatts at inte
grated gasification combined-cycle plants. Given the
assumed continuation of current energy and environ
mental policies in the reference case, CCS technology
does not come into use during the projection period.

Nuclear generating capacity in the AE02008 refer
ence case increases from 100.2 gigawatts in 2006

to 114.9 gigawatts in 2030. The increase includes 17
gigawatts of capacity at newly built nuclear power
plants (33 percent more than in the AE02007 refer
ence case) and 2.7 gigawatts expected from uprates of
existing plants, partially offset by 4.5 gigawatts of
retirements.

Rules issued by the Internal Revenue Service in 2006
for the EPACT2005 PTC for new nuclear plants allow
the credits to be shared out on a prorated basis to
more than 6 gigawatts of new capacity. In the
AR02008 reference case the credits are shared out to
8 gigawatts of new nuclear capacity, and another 9
gigawatts of capacity is built without credits.

Total electricity generation from nuclear power
plants grows from 787 billion kilowatthours in 2006
to 917 billion kilowatthours in 2030 in the AE02008
reference case, accounting for about 18 percent of to
tal generation in 2030, Additional nuclear capacity is
built in some of the alternative AE02008 cases, par
ticularly those that project higher demand for elec
tricity or higher fossil fuel prices.

The use of renewable technologies for electricity gen
eration is stimulated by improved technology, higher
fossil fuel prices, and short-term extensions of the
EPACT200S tax credits. The reference case also in
cludes State BPS programs for which legislation is in
place. Total renewable generation in the AE02008
reference case, including CHP and end-use genera
tion, grows by 2.2 percent per year, from 385 billion
kilowatthours in 2006 to 656 billion kilowatthours in
2030. The projection for renewable generation in the
AE02008 reference case, which includes State and
regional programs, is significantly higher than the
AE02007 projection.

Energy-Related Carbon Dioxide
Emissions

Absent the application of CCS technology (which is
not expected to come into use without changes in cur
rent policies that are not included in the reference
case), CO2 emissions from the combustion of fossil
fuels are proportional to fuel consumption and carbon
content, with coal having the highest carbon content,
natural gas the lowest, and liquid fuels in between.
In the AE02008 reference case, the coal share of to
tal energy use increases from 23 percent in 2006 to 25
percent in 2030, while the share of natural gas
falls from 22 percent to 20 percent, and the liquids
share falls from 40 percent to 37 percent. The com
bined share of carbon-neutral renewable and nuclear
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energy grows from 15 percent in 2006 to 17 percent in
2030.

Taken together, projected growth in the absolute
level of primary energy consumption and a shift
toward a fuel mix with slightly lower average carbon
content cause projected energy-related emissions of
CO2 (Figure 8) to grow by 16 .pèrgént from 2006 to
2030—slightly lower than the projected 19-percent
increase in total energy use. Over the same period,
the economy becomes less carbon-intensive,, because
the 16-percent increase in 002 emissions is about
one-fifth of the projected increase in OrDP (79 per
cent), and emissions per capita decline by 5 percent.
In the AE02008 reference case, projected energy
~e1ated 002 emissions grow from 5,890 million metric
tons in 2006 to .6,851 million metric tons in 2030.

• By comparison, in the AEO~2QO.7 reference case,
energy-related 002 emissions were projected to grQw

FIgure 8. U.S. carbon dioxide emissions by sector
~nd fuel, 1990-2030 (million metric tons)

~~~

by about 35 percent, to 7,950 million metric tons in
2030, reflecting both a higher projection of overall
energy use and, to a lesser extent, a different mix of
energy sources.
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Primary energy production (quadrillion Btu)
Petroleum 13,16
Dry natural gas 19.04
Coal 23.79
Nuclear electricity 8.21
Hydroelectricity 2,89
Biomass 2.94
Other renewable energy 0.88
Other 0.50
Total 71.41

Net Imports (quadrillion Btu)
Petroleum 26.69
Natural gas 3.56
Coal/other (- indicates export) -0.28
Total 29.98

Consumption (quadrillion Btu)
Liquid fuels 40.06
Natural gas 22.30
Coal 22.50
Nuclear eiectriclty 8.21
Hydroelectricity,,..,.,,..,,.,,...,,...,.,,,,,.,,, 2.89
Biomass 2.50
Other renewable energy 0.88
Net electricity imports 0.19
Total 99.50

Liquid fuels (million barrels per day)
Domestic crude oil production 5.10
Other domestic production 3.19
Net imports 12.45
Consumption 20.65

Natural gas (trillion cubic feet)
Production 18.57
Net imports 3.46
Consumption ............................,,,.,, 21.66

Coal (million short tons)
Production 1177
Net imports -15
Consumption 1114

Prices (2006 dollars)
imported low-sulfur, light crude oil (dollars per barrel). , . 66.02
imported crude oil (dollars per barrel) 59.05
Domestic natural gas at welihead
(dollars per thousand cubic feet) .........,,..,,, 6.42
Domestic coal at minemouth (dollars per short ton) 24.63
Average electricity price (cents per kiiowatthour) 8.9

Economic Indicators
Real gross domestic product (billion 2000 dollars) 11319
GDP chain-type price index (index, 2000~~1.000) 1.166
Real disposable personal income (billion 2000 dollars) 8,397
Value of manufacturing shipments (billion 2000 dollars) . 5,821

Primary energy Intensity
(thousand Btu per 2000 dollar of GDP) 8.79
Carbon dioxide emissIons (million metric tons) 5,890

14.42 15.71 14.85 14.15
19.93 20.24 21.41 20.00
2447 25.2 26.61 28.63

8.23 9.05 9.23 9.57
3.02 3.00 3.08 3.00
4.22 6.42 4.69 8.12
1.18 2.00 1.33 2.45
0.67 0.58 0.89 0.64

76.13 82.21 82.09 86.56

25.19 24.03 28.92 26.52
4.67 3.66 5.48 3.28

-0.19 1.06 0.93 1.86
29.66 28.75 35.33 31.66

41.76 42.24 46.52 43.99
24.73 24.01 27.04 23.39
24.24 25.87 27.29 29.90

8.23 9.05 9.23 9.57
3.02 3.00 3.08 3.00
3.30 4.50 3.64 5.51
1,18 2.00 1.33 2.45
0.04 0.17 0.04 0.20

106.50 110.80 118.16 118.00

5.67 6.23 5.89 5.59
4.03 4.46 4.49 4.85

11.79 11.36 13.56 12.41
21.59 21.96 24.03 22.80

19,42 19,73 20.86 19.49
4.55 3.55 5.35 3.18

24.02 23.33 26.26 22.72

1,202 1,281 1,336 1,467
-7 46 41 78

1,195 1,327 1,377 1,545

74.03 59.23 59.70 53.64 70.45
65.18 52.76 51.55 47.89 58.66

6.33 5.93 5.44 5.39 6.63
26.16 24.94 22.51 22.24 23.32

9.2 8.3 8.6 8.1 8.8

12,790 15,984 17,077 20,219
1.253 1.52 1.495 1.871
9,568 12,654 13,000 16,246
6,298 7,113 7,779 7,997

8.33 6.93 6.92 5.84
6,011 6,214 6,384 6,944 6,851 7,950
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Table 1. Total energy supply and disposition in the AE02008 and AE02007 reference cases, 2006-2030

2010 2020 2030
Energy and economic factors 2006 AE02008 AE02007 AE02008 AE02007 AE02008 AE02007

15.03
19.85
23.97

8.31
2.92
4.05
1.51
0.54

76;17

23.93
3.96

-0.84
27.04

40.46
23.93
23.03

8.31
2.92
3.01
1.51
0.18

103.30

5.93
3.69

11,39
20.99

19.35
3.85

23.25

1,179
-34

1,145

13.71
21.15
33.52

9,33
3.09
5.26
1.44
1.12

88.63

34.74
5.59
1.57

41.90

52.17
26.89
34.14

9,33
3.09
4.06
1.44
0.04

131.16

5.39
5.08

16.37
26.95

20.61
5.45

26.12

1,704
68

1,772

60.93
53.21

6.16
23.29

8.3

22,494
1.815

17,535
9,502

5.83

12,453
1,26

9,472
5,997

8.30

Notes: Quantities are derived from historical volumes and assumed thermal conversion factors. Other production includes liquid hydrogen,
methanol, and some inputs to refineries, Net imports of petroleum include crude oil, petroleum products, unfinished oils, alcohols, ethers, and
blending components, Other net imports include coal coke and electricity. For nuclear electricity, both production and consumption numbers are
based on its fossil-fuel-equivalent energy content,

Sources: AE02008 National Energy Modeling System, run AE02008.D030208F; and AEO2007 National Energy ModelIng System, run
AE02007.D1 121 06A.
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Legislation and Regulations

Introduction

Because analyses by EIA are required to be pol
icy-neutral, the projections in AE02008 are based on
Federal and State laws and regulations in effect on or
before December 31, 2007. The potential impacts
of pending or proposed legislation, regula
tions, and standards—or of seótions of legisla
tion that have been enacted but that require
implementing regulations or appropriation of
funds that are not provided or specified in the
legislation itself—are not reflected in the pro
jections. Throughout 2007, however, at the request
of the Administration and Cohgress, EIA has regu
larly examined the potential implications of proposed
legislation in Service Reports (see box on page 17).

Examples of Federal and. State legislation incorpo
rated hi AE02008 include:

• EISA2OQ7, signed into law on December 19, 2007,
which (a) includes an expanded ‘RFS requiring the
use of 36 billion gallons of ethanol by 2022; (b) cre
ates an attribute-based minimum CAFE standard
of 35 mpg by 2020 for cars and trucks; (c) estab
lishes a program of CAFE credit trading and
transfer; (d) extends and then phases out the
CAFE credits established under the Alternative
Mdtor Fuels Act of 1988 (AMFA); (e) creates vari
ous appliance efficiency standards; (/) establishes
a lighting efficiency standard starting in 2012;
(g) requires industrial electric motors to meet
the premium motor efficiency standards of the
National Electrical Manufacturers Association
(NEMA); and (h) creates or enhances a number of
other programs related to industrial waste heat or
natural gas efficiency, energy us.e in Federal
buildings, weatherization assistance, and manu
factured housing (see below for more detailed dis
cussion of the pi~ovi’sions in EISA2007 and their
handling in AE02008)

- The provisions• of EPACT2005 that remain in
effect and have not been superseded by EISA2007,
including: mandatory energy conservation stan
dards; numerous tax credits for businesses and
individuals; elimination of the oxygen •content
requirement for Federal reformulated gasoline
(RFG); extended royalty relief for offshore oil and
natural gas producers; authorization for DOE

• to Issue loan guarantees for new or improved
technology projects that avoid, reduce, or seques
ter GHGs; a PTC for new nuclear facilities; and

16

extension and expansion of the PTC for electricity
generated from renewable fuels

The Military Construction Appropriations Act
of 2005, which contains provisions to support
construction of the Alaska natural gas pipeline,
including Federal loan guarantees during con
struction

• The Working Families Tax Relief Act of 2004,
which includes tax deductions for qualified clean-
fuel and electric vehicles and changes in the rules
governing oil and natural.gas well depletion

- The American Jobs Creation Act of 2004, which
includes incentives and tax credits for biodiesel
fuels and a modified depreciation schedule for the
Alaska natural gas pipeline

,State RPS programs, including the California
RPS passed on September 12, 2002

The Clean Air Act Amendments of 1990 (~AAA
90), which included new standards for motor gaso

• line and diesel fuel, and for heavy-duty vehicle
emissions.

• The National Appliance Energy Conservation Act
of 1987

• State programs ‘for restructuring of the electricity
industry.

Examples of Federal and State regulations incorpo
rated in AE02008 include the following:

• The Mobile Source Air Toxics rule released by the
EPA on February 9, 2007 (MSAT2), which estab
lishes controls on gasoline, passenger vehicles,
and portable fuel containers designed to signifi
cantly reduce emissions of benzene and other haz
ardous air pollutants [71

• New stationary diesel regulations issued by the
EPA ‘on July 11, 2006, which limit ethissions .o’f
‘nitrogen oxides (NOr), particulate matter, sulfur
dioxid~ (SO2), carbon monoxide,. and hydro
carbons to the same levels required by the EPA’S
nonroad diesel engine regulations,

More ‘detailed information on recent legislative and
regulatory developments is provided below.

Energy Independence and Security Act
of 2007: S~immary of Provisions

The Energy Independence and Security Act of 2007
was signed into law on December 19, 2007, and be
came Public Law 110-140 [8]. Provisions in EISA2007
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that require funding appropriations to be imple
mented, whose impact is highly uncertain, or that re
quire further specification by Federal agencies or
Congress are not included in A.E02008. For example,
EIA does not try to anticipate policy responses to the
many studies required by EISA2007, nor to predict
the impact of research and development (R&D) fund
ing authorizations included in the bill., Moreover,
AE02008 does not include any provision that ad-
dresses a level of detail beyond that modeled in
NEMS, which ‘.vas used to develop the .AE02008 pro
jections. AR02008.addresses only those. provisions iu
EISA2007 that establish specific tax credits, incen
tives, or standards, includiug the following:

RE’S requirements for .the use of 36 billion gallons
of ethanol per year ..by 2022, with corn, ethanol
limitedto 15 billion gallons. Any otherethanolor
biodiesel may be used .to fulfill the balance of
the mandate, but the balance must include 16
billion gallàns per year of cellulo sic ethanol by
2022 and 5 billion gallons per year. of biodiesel by
2012.

• A CAFE credit and transfer program among man
ufacturers and across a manufacturer’s fleet.

• Extension through2019 of the CAFE credits sjec
ified under the AMFA. EISA2007 reduces the
maximum credit by 0.2 mpg for each model year
after 2014 and phases it out entirely by model year
2020. .

• .Appliance energy efficiency standards for boilers,
dehumidifiers, dishwashers, clothes washers, ex
ternal power. supplies, and commercial walk-in
coolers and freezers. .

• Lighting energy efficiency standards for general
service incandescent lighting in 2012 and sooner
for general-service tubular fluorescent lighting
and metal halide lamp fixtures.

• Standards for industrial electric motor efficiendy,
requiring industrial motors of various ‘sizes to
meet the NEMA premium motor efficiency stan
dards.

• Standards for. energy use in Federal buildings, re
quiring a’ 30-percent reduction by 2015.• A new CAFE standard for LDVs (cars and light.

~rucks)’ Of 35 mpg ‘by 2020. 11’he Act ‘also
speCifies that ‘vehicle attribute-based’ standards
are to be developed ,‘separdtely for cars and light.
trucks. ‘ ‘ . . .

The following discussion provides a summary of the
EISA2007 ~rovisions,included in AE02008 and some
of the provision& that cduld be included’ if more
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complete information were available about their
funding and implementation. This discussion is not a
complete summary of all the sections of EISA2007.
More extensive summaries are available from other
sources [9],

End-Use Demand

Buildings Sector

EISA2007 affects residential and commercial build
ings in three specific areas: appliance and lighting
energy efficiency, energy savings in private-sector
buildings and industry, and energy savings in govern
ment and public institutions.

Appliance and Lighting Energy Efficiency. Sub
titles A and B in Title III of EISA2007 include provi
sions with the potential to affect energy demand in
the buildings sector. Many of the provisions give DOE
the authority to set new efficiency standards or test
procedures for new efficiency standards, Where
EISA2007 specifies both efficiency levels and effective
dates in th~e standards, they are implemented directly
in the NEMS buildings modules. Where specific appli
ances and.future DOE updates to the standards are
not specified, they are not included in AE02008.

Section 301 p~ovides efficiency standards for external
power supplies, limiting wattage in both active and
no-load mode for units produced after July 1, 2008.
DOE is instructed to review the standards in the
future, but only the 2008 standard is included in
AE02008. Section 303 increases the Federal effi
ciency standard for residential boiler units manufac
tured after September 1, 2012, providing a small
increase (less than 5 percent) over the current
standard. Dehumidiflers, clothes washers, and dish
washers are subject to new standards between 2010
and 2012, as provided in Section 311. Energy conser
vation standards for walk-in refrigerators and
walk-in freezers established in Section 312 require
energy-efficient elements in the doors, walls, motors,
and lighting of units manufactured in 2009 or later.
Section 313 amends electric motor efficiency stan
dards, and Section 314 adds single-package vertical
air conditioners and heat pumps to the packaged air
conditioning and heating equipment covered by the
standards in EPACT2005. These two provisions
address a level of detail that is not modeled in NEMS,
and they are not included in AE02008.

The largest projected energy savings from EISA2007
are the result of energy conservation standards for
efficient light bulbs described in Sections 321, 322,

and 324. Section 321 requires significant wattage re
ductions (approximately 28 percent) in incandescent
lamps beginning in 2012, increasing to a reduction of
about 65 percent in 2020. Section 322 sets standards
for general-service fluorescent lamps and incandes
cent reflector lamps, and Section 324 imposes mini
mum ballast efficiency standards for metal halide
lamp fixtures beginning in 2009. Section 323 man
dates the use of energy-efficient lighting fixtures and
bulbs to the maximum extent feasible in all Federal
buildings starting in 2009.

Energy Savings in Buildings and Industry. Pro
visions under EISA2007 Title IV, Subtitle A, address
energy efficiency in residential buildings. Section 411
reauthorizes funding for weatherization programs
through fiscal year (FY) 2012; however, the program
has been targeted for elimination by DOE in its most
current budget and therefore is not included in
AE02008. Section 413 requires manufactured hous
ing to comply with the most recent version of the
International Energy Conservation Code (IECC)
starting in 2012. This provision is included in
AEO200B. The 2006 version of the IECC represents
the most recent code,

Provisions under Title IV, Subtitle B, establish an
office and a partnership consortium to promote
high-performance green building initiatives. Section
422 specifically directs the establishment of a Zero
Net Energy Commercial Buildings Initiative, with the
eventual goal of having all U.S. commercial buildings
use zero net energy by 2050. The provision includes
several research, development, and deployment activ
ities and authorizes funding for the initiative through
2018. Because the activities depend on future appro
priations, they are not included in AE02008.

Title IV, Subtitle C, addresses Federal energy use, up
dating energy intensity reduction goals and perfor
mance standards for Federal buildings, mandating
energy and efficiency management, providing for the
development of high-performance green building
standards for Federal facilities, and directing the
establishment of a program to accelerate Federal use
of cost-effective technologies and practices. Federal
purchasing requirements for energy intensity reduc
tion and performance standards are represented in
AE02008 as a result of earlier Executive Orders and
legislation, Other aspects of these provisions either
address a level of detail that is not modeled in
AE02008 or are not included because they depend on
future appropriations.
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EISA2007 includes several provieibns in Titles III and
IV that could affect energy demand in the U.S. indus
trial sector; however, provisions in Title VI, Acceler
ated Research and Development, that hia~ affect
industrial energy consumption over the long term are
not included in AE02008.

Section 313 of Title III increases or creates minimum
efficiency standards for newly manufactured general
purpose electric motors that must be met within 3
years of enactment (Table 2), Efficiency standards
for general-purpose, integral-horsepower induction
motors are raised, with the exception of fire pump
motors. Minimum standards are created for seven
types nf poly-phase, integral-horsepo*er induction
motors and NEMA design B motors (201 to 500 horse-.
power) not~ covered under the previous standards

in the Energy Policy Act of 1992 (EPACT1992). These.
standards are included in AE02008 for industrial
m.otQr additions. . .

Sections 451, 452, and 453 direct the EPA to survey
all major industrial combustion sources and create a
registry of the quantity and quality ofwaste energy at
each site. DOE may provide up to 50 percent of the
funding for a feasibility study to determine whether
the waste heat can be captured with a 5-year payback.
In addition, DOE is authorized to provide grants of
nearly $200 million per year to industrial partner
ships for research on energy savings. Finally, these
sections crOate a program that collects best practices,
designs, processes, and innovations for building en
ergy-efficient data centers.. These provisions are not
funded and are not included in AE02008.

Transportation Sector

EISA2007 Title 1, Section 1.02, requires that the aver
age manufacturer’s fleet fuel economy for cars and
light-duty trucks be increased, starting in 2011, to an
average Of 35 mpg by .2020; based on the EPA test
value used to measure compliance *lth the CAFE
standard. The EPAOAFE test value generally differs
from the estimated mpg ~a1ue on the fuel economy
label and, typically, exceeds the actual on-the-road
fuel economy of a new vehicle by a significant margin.
.For model years 2021 through 2030, Section 102
specifies that the average fuel economy must be set
at the maximum feasible average for :each fleet. In
AE02008, fuel economy standards for LDVs are
assumed to remain at the 2020 level. AE02008 in
cludes attribute-based fuel economy standards for
light trucks, given vehicle footprint [101 •and sales
share. It uses these fuel economy curves to achieve
the overall fleet fuel economy stand~rd of 35 mpg.
The fuel economy standards for cars are not attrib
ute-baséd, but they apply to the manufacturer’s fleet
of both domestic and importcd vehicles. In AE02008,
the fuel economy standard for cars is assumed to
increase from 27.5 mpg in 010 to 41.0 mpg in 2020.
For light trucks, the footprint-based average fleet fuel
economy standard increases from 24.0 mpg in 2011 to
31.0 mpg in 2020.

Section. 103 requires the development of fuel economy
standards for work trucks—8,500 pounds to less than
10,000 pounds gross vehicle weight rating (GVWR)—
and commercial medium- and heavy-duty on-highway
vehicles (GVWR 1:0,000 pounds or more). The new
fuel• economy standards require consideration of
vehicle attributes and duty requirements and can

Provialons under the other Subtitles of Title~ IV
address data center efficiency, environmental quality
in schools, and ~ustainability and efficjency grants
and loans for institutions. These provisions are not
included.in AE02008, because they depend on future
appropriations or address a level .of detail that is not
modeled in NEMS.

Energy. Savings in Government and Public In
stitutions. Title V contains a variety of provisions,
including promotion of efficiency and environmental
measures for the Capitol complex; promotion and per
manent authorization of energy savings performance
contracts; standards for Federal purchase of specific
technologies; and authorization.for funding of State
energy programs, utility efficiency incentives, and
lOcal energy efficiency block~ grants. . Federal pur
chasing requirements governing purchases of cost-
effective energy-efficient products are represented in
AE02008 as a result of earlier Executive Orders and
legislation. The provisions in EISA2007 Title V are
not included in AE02008, because they depend on
future appropriations or address a level of detail that
is not modeled in NEMS.

Industrial Sector .

Table 2. Representative efficiency standards
for en~losed motors (percent) .
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prescribe standards for different vehicle classes, such
as buses used in urban operation or semi-trucks used
primarily in highway operation. Section 103 provides
a minimum lead time of four full model years before
the new fuel economy standard is adopted, and a min
imum of three full model years after the new fuel
economy standard has been established before the
fuel economy standards for work trucks can be modi
fied, Because these fuel economy standards are pend
ing, and because NEMS currently does not model fuel
economy regulations for work trucks or commercial
medium- and heavy-duty vehicles, this aspect of
EISA2007 is not included inAEO2008.

Section 104 establishes a fuel economy credit trading
program. Currently, CAFE credits earned by manu
facturers can be banked for up to 3 years and can be
applied only to the fleets (car or light truck) from
which the credits were earned. Starting in model year
2011, the credit trading program will allow manufac
turers whose vehicles exceed the minimum fuel econ
omy standards to earn credits that can be sold to
other ma1~ufacturers whose vehicles fail to achieve
the prescribed standards. The credit trading program
is designed to ensure that the total fuel savings for
manufacturers exceeding the prescribed standards
are preservedwhen credits are sold to manufacturers
not achieving~the standards.

The credit trading program begins in 2011, and
EISA2007 allows manufacturers to apply credits
earned to any of the three model years before the
model year for which they are earned and to any of
the five model years after the credits are earned.
Credit transfers within a manufacturer’s fleet are
limited to specific maximums: 1.0 mpg for model
years 2011 through 2013, 1.5 mpg for model years
2014 through 2017, and 2,0 mpg for model years 2018
and later. NEMS currently allows for sensitivity anal
ysis of CAFE credit banking by manufacturer fleet
but does not model the trading of credits among dif
ferent manufacturers. Consequently, AE02008 does
not include trading of fuel economy credits.

Section 109 extends the CAFE credits specified under
AMFA through 2019. Before the passage of EISA-
200 7, the CAFE credits under AMFA were scheduled
to expire after model year 2010. Currently, 1.2 mpg is
the maximum CAFE credit that can be earned for
selling alternative-fuel vehicles. EISA2007 extends
the 1,2 mpg credit maximum through 2014 and
reduces the maximum by 0 2 mpg for each followmg
year until it is phased out by model year 2020. NEMS

currently does not model CAFE credits earned from
alternative-fuel vehicles sales, and AE02008 does not
consider this section of EISA2007.

Petroleum, Ethanol, and Biofuels

This section summarizes the numerous provisions
of EISA2007 affecting the supply, composition, and
refining of petroleum and related products that are
included in AE02008.

Renewable Fuels Standard

EISA2007 Title II, in Subtitles A and B, includes an
updated RFS that increases the requirement for to
tal U.S. consumption of renewable fuels from the 7.5
billion gallons in 2012 as specified in EPACT2005 to
36 billion gallons in 2022. Mandates are set for
specific types of renewable fuels, including both con
ventional biofuels (corn-based ethanol) and advanced
biofuels that are not derived from corn starch (such as
cellulosic ethanol, butanol, or diesel products and
biomass-based diesel [11].

The .advanced biofuel requirement comes into effect
in 2009 at 0.6 billion gallons and rises to 21 billion gal-
ions in 2022. In 2015 and thereafter, the maximum
amount of corn-based ethanol that can be applied to
the overall RFS is 15 billion gallons. The cellulosic
biofuel requirement starts in 2010 at 0.1 billion gal
lons and rises to 16 billion gallons in 2022. The bio
mass-based diesel requirement begins at 0.5 billion
gallons in 2009 and rises to 1 billion gallons in 2012,
with the remaining years to be determined by the
EPA Administrator.

EISA2007 also establishes a life-cycle GHG standard
for biofuels. The GHG standard for all biofuels is
based on the 2005 emission level for the particular
type of transportation fuel. Corn-based ethanol
must achieve a 20-percent reduction in life-cycle
GHG emissions, which would disqualify future corn
ethanol production facilities that use coal for process
heat. In addition to being defined as not being
derived from corn starch, advanced biofuels are
further defined as any renewable fuels that reduce
emissions by at least 50 percent. Finally, 60 percent
or more of the reduction in emissions must be
achieved before any cellulosic biofuel can qualify
under that category.

Given uncertainty about whether the new RFS sched
ule can be achieved, EISA2007 contains a general
waiver based on technical, economic, or environ
mental feasibility. In addition, the cellulosic biofuel
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mandate includes a credit program that is activated
only in years when the mandated level of cellulosic
biofuel is judged by the EPA Administrator as un
likely to be met. For all the fuel mandates, if there is a
20-percent deficit in more than two consecutive years
or a 50-percent deficit in any one year, regulatory
adjustment mechanisms , are provided to. lower ..the
mandated levels from that point forward, This rule,
which could be enacted by the E~A Administrator no
sooner than 2016, would modify all applicable vol
umes (including, the overall and advanced biofuel
totals) for all subsequent years.

The RFS is included in AE02008, with cellulosic
biofuel credit and waiver provisions that are consis
tent with those in the existing law. Actual renewable
fuel supplies in any year are allowed to exceed the
minimum RFS requiremeiits, depending on ‘the
availability of technology and feedstocks and the rela
tive costs of renewable fuels and coinpeting petrO
leum products. Because the RFS does ‘not explicitly
specify the level of the mandate after 2022, AE02008
assumes that it will,remain at the’ 2022 level thro~gh
2080. , . ‘ . ‘ ‘

In order to achieve the biofuel consumption levels
mandated in EISA2007, significantly more biofuels
must be consumed than can be blended into gasoline
as ElO. Other than requi~i~g ‘studies involving
ethanol pipelines and similar’ infrastructure issues,
EISA2007 does not directly provide for infrastrticture
improvements that may be necessary. ‘In AE02008,
the amount of ethanOl in’ excess of what can be con
sumed in ElO is assumed to be used in E85. Flexible-
fuel vehicles are assumed to be available in sufficient
numbers to use the roquired amounts of E85, and E85
distribution infrastructure is assumed to be built over
.a technically practicable period. The infrastructure
‘development costs are spread across all transporta
tion, fuels. ‘ ‘ ‘ ‘

E85 infrastructure costs potentially could be reduced
if biobutanol or ethanol-gasoline blends containing
mor~ than 10 percent ethanol (other than E85) were
able to meet a significant portion of the RFS; how
ever, AE02008 assumes that neither will actually
contribute to meeting the EISA2007 mandates, At
present there is little commercial activity for
biobutanol, and only a few tests are under way [12),
Automakers’ and engine manufacturers are con
cerned’ about ethanol-related problems in vehicles
built to run on gasoline blends no higher than
ElO, because higher ethanol blends are corrosive to

22

engines not. designed. to handle them, and their use
could adversely affect performance and cause vehicle
warranties to be voided [13),

Amortization of Geological and Geophysical
Expenditures ‘ , ‘

EISA2007 extends the .5-year amortization period
for geol6gical and geophysical expenditures by major
integrated’ oil’ éompanios to 7 years ,as of the enact
ment of the bill. Because the NEMS oil and gas supply
model does not directly represent geological and geo
physical, expenditures, this change is not included .in
AE02008. ,

Electricity

E1SA2007 includes few ‘provisions that affect elec
tricity generation or transmission, Title XIII, Smart
Grid, promotes a moderniz~.tion of the electricity
transmission and distribution system to strengthen
reliability añd’energy efficiency.. Funding is provided
for research and demonstration projects, as well .as
matching funds fOrqualifying investments. States are
to encourage, but not require, utilities to adopt smart
grid technology and allow them to recover their costs
through rate incrëäses. The bill does not include
enough ~pecific information to support:NEMS projec

‘tions of changes in iñvestmeht or prices for electricity
transmission and distribution, but it is implicitly
assume.d in AE02008 that electricity will be provided
reliably. , ‘ ‘

Coal

Industries that rely on coal couldbenefit from EISA
2007.Title VII, Carbon Capture ~nd Sequestration, if
002 emissions are restricted in the future. S~ctions
702 through 711 expand authorized funding and pro
.vide greater detail on the carbon capture and develop
ment program, originally established in EPACT2005,
Section 963. EISA2007 Sections 702 through 711 are
not included in A13302008, because the authorized
funds have not been appropriated and the effects
of the included research, deyelopmeut, and other
projects are uncertain.

Section 702 authorizes $240 million per year from
2008 through 2012 for carbon sequestration projects,
an increase from the amount authorized in EPACT
2005, Among the R&D programs supported under
Section 702 are the ,development of a minimum
of seven large-scale geologic sequestration pro
jects, with each project capable of injecting, at least
.1 million tons of 002 annually. Geologic formations
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that potontially could be used for sequestration in-
elude operating or depleted oil and natural gas fields,
unmineable coal seams, deep saline or basalt forma
tions, and deep geologic resources from which eco
nomical geothermal heat is extracted. Monitoring,
mitigation, and verification of 002 containment are
also required under Section 702.

Section 703 authorizes additional funding of $200
million per year from 2009 through 2013 for R&D
projects focused on capture, purification, compres
sion, transportation, and injection of 002 emitted
from industry sources, In the decision to undertake
Section 703 projects, the Secretary of Energy may
prioritize projects that include sequestration pro
grams described under Section 702; however,
integration is not a requirement for funding. As
noted above, these R&D provisions are not included
in AE02008.

Section 706 recognizes that the COS program must
adhere~to the Safe Drinking Water Act. Additional
provisions in-EISA2007 authorize funds for the edu
cation and training of individuals to work in the CCS
field. None of these provisions is specifically reflected
in AE02008.’

Section 711 requires the Secretary of the Interior and
the Director.~of the United States Geological Survey
(USGS) to develop an assessment of the potential,
including geographical extent and capacity, of geo
logic formations to sequester carbon. The Secretary
of Energy~ and the Secretary of the Interior are
further charged with the responsibility for creating
a database of possible sequestration sites, ranked by
capacity and risk, Section 711 authorizes total fund
ing of $30 million from 2008 through 2012, This sec
tion does not pertain directly to AE02008 and is not
included.

Renewable Energy

In addition to the renewable energy provisions affect
ing the transportation, industrial, and buildings
sectors, EISA2007 contains provisions authorizing
several R&D programs for renewable energy use in
the electric power sector. Specifically, Title VI calls
for renewed, new, or enhanced R&D, educational,
and technology transfer programs in the areas of
solar energy (Sections 601-607), geothermal energy
(Sections 611-625), and marine and hydrokinetic
energy (Sections 631-636). Section 656 authorizes
the Renewable Energy Innovation Manufacturing
Partnership to advance manufacturing methods

that use renewable energy. Appropriations for the
authorized programs are not provided in the bill,
however, and the programs are not included in
AE02008.

Other titles in EISA2007 contain provisions directly
related to renewable electricity generation, but they
either call for programs to be established or require
specific appropriations that have not been made and,
therefore, are not included in AE02008. Section 803
authorizes direct grants for eligible renewable energy
development projects. Section 806 is a nonbinding
“sense of the Congress” statement that the Nation
should strive to achieve a 25-percent renewable share
of total energy consumption by 2025, while also pro
viding sufficient food, feed, and fiber from agricul
tural resources. This statement does not contain any
enforceable provisions or require any specific policy
actions. Section 807 requires the Secretary of Interior
to compile a comprehensive assessment of domestic
geothermal resources. Section 1002 calls for the es
tablishment of a workforce training program for
trades related to renewable and energy efficiency.
Section 1201 establishes a loan program for small
businesses that want to purchase renewable energy
or energy efficiency systems. Section 1207 establishes
a program to support venture capital funding for new
renewable energy businesses.

Federal Fuels Taxes and Tax Credits

The AE02008 reference case incorporates current
regulations that pertain to the energy industry, This
section describes the handling of Federal taxes and
tax credits in AE02008, focusing primarily on areas
where regi~lations have changed or the handling of
taxes or tax credits has been updated.

Excise Taxes on Highway Fuel

The handling of Federal highway fuel taxes remains
unchanged from AE02007 [14], Gasoline is assumed
to be taxed at 18.4 cents per gallon, diesel at 24,4
cents per gallon, and kerosene jet fuel at 4.4 cents per
gallon [15]. Taxes are not adjusted for inflation and
remain at the same nominal values throughout the
projections, State fuel taxes are calculated on the ba
sis of a volume-weighted average of gasoline, diesel,
and jet fuels sold, The handling of State fuel taxes was

• updated as of July 2007 [16],

Biofuels Tax Credits

The most significant change for AE02008 is in the
handling of Federal fuels taxes and credits that
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pertain to biofuels. Several Federal tax credits are
available for liquid fuel:blenders who blend ethanol
into gasoline or biodiesel into diesel fuel or heating
oil, Under the Volumetric Ethanol Excise Tax Credit
(VEETC) [17], blenders are eligible for a tax credit of
$0.61 per gallon of ethanol blended. Thus, the tax
credit is equal to $0.05 1 i~er gallon for E10 and $0.434
per gallon for E85 [18]. The credit is scheduled to
expire at the end of 2010. Biodiesel also receives a tax
credit under VEETC, equal to $1.00 per gallon for
“agri-biodiesel” and $0.50. per. gallon for “waste-
grease biodiesel” made from recycled vegetable oils
and animal fats Currently, the credits are scheduled
to expire in 2008 [19, ;20]. In AE02008, both tax
credits are assumed to expire according to the provi
sions of existing laws F21].

EPACT2005 provides small producers of ethanol, up
to 60 million gallons [22], wth anincome tax credit of
$0.10 per gallon on production voJu~ries up to 15 mil
lion gallons. Because the credit affects only a small
•portion ofthe overall ethanolsupply and.is scheduled
to expire on December 3.1, 2008, it is not included in
AE02008.

Ethanol Import Tariff

Two duties currently are imposed on imported etha
nol, The first is an ad valorem tariff of2,5 percent; the
second is a tariff of $0.54 per gallon, which is applied
after the ad valorem tariff. The second tariff, which
was set to expire in October 2Q07 .but has been. e~
tended to January .1, 2009, aliovis for limited duty-.
free impoi’ts from designated Central American and
Caribbean countries, not exceeding 7 percent of do
mestic production in the previous yaar. In the
AE02008 projections, ethanol imports increase after
the tariff expires.

Production Tax Credits for
1?enewable Electricity Production

The handling of the Federal PTC for renewable elec
tricity has been updated for AE02008 to be consistent
with current legislation. The PTC, which was set to
expire onDecember 31,2007, was extended to Decem-.
ber 31, 2008, by the Tax Relief and Health Care Act of
2006, Public Law (P,L.) 1Q9-432. It provides a benefit
of $0.020 per kilowatthour (real 2007 dollars) for the
first 10 years of an eligible renewable energy facility’s
operation, boosting the growth of U.S. wind capacity
in the near term. In the AE02008 reference case,
wind capacity in the electric power sector grows from
15.9 gigawatts in 2007 to .20.2 gigawatts in 2008, as

24

compared with the AE02007 projection of 16.6 giga
watts in 2008.

Mobile Source Air Toxics Rule

On February 9,2007, the EPA released its MSAT2
rule, which will establish controls on gasoline,
passenger vehicles, and portable fuel containers. The
controls are designed to reduce emissions of benzene
and other hazardous air pollutants [23]. Benzene is
a known carcinogen, and the . EPA estimates that
mobile sources produced more than 70 percent of all
benzene emissions in 1999. Other mobile source air
toxics, including 1,3-butädiene, formaldehyde, acetal
dehyde, acrolein, and naphthalene, also are thought
to increase cancer rates or contribute to other serious
health problems. The MSAT2 rifle sets a revised spec
ification for benzene, which will take Offect in 2011.
The regulations on passenger vehicles, which will
control hydrocarbon emissions in colder tempera
tures, will be implemented from 2010 to 2015. The
rule also sets more stringent controls on portable fuel
containers, beginning in 2009,

The MSAT2 rule has been included in AE02008 by
modifying the NEMS representation of refinery pro
cessing of catalytic reformer feed. Although virtually
every refinery will meet the requirement in a differ
•ent way; most will involve treatment of the fOed or
product or t~e operatiOn of the catalytic reformer.

Beginning on January 1, 2011, all gasolii~e products
(including both reformulated and. conventional
gasoline) produced at refineries will be required to
contain no more than. 0.62 percent benzene by vol
ume: (This does not apply to gasoline produced or sold
in California, which is already covered by the.current
California Phas.e 3 Reformulated Gasoline program.)
Approved small refineries will be required to conform
to the rule by 2015. The second part, of the standard
requires that the actual average benzene levels that
each refinery produces be no greater than 1.3 percent
by volume by July 1, 2012 (July 1, 2016 for small
refiners). The actual level is the level reached without
use of any credits.

The published rule for gasoline benzene control in
cludes an~ averaging, banking, and trading (ABT)
program that is consistent with past EPA fuel regula
tions, allowing refiners to choose the most economical
compliance strategy to meet the 0.62-percent annual
average standard either by investing in new technol
ogy or by buying credits from the ABT program.
From 2007 to 2010, the ABT program allows refiners
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to build “early credits” by making qualifying benzene
reductions earlier than required. In 2011 and beyond,
refiners and importers can generate “standard cred
its” by producing or importing ga8oline with benzene
levels below 0.62 volume percent on an annual
average basis. The credits will be interchangeable
between refiners and importers nationwide and can
be “banked” for future use. The 3-year lag following
establishment of the credit program provides the time
necessary for small refiners to finish capital projects
that are needed to meet the new standards without
relying on credits. The rule also establishes a tempo
rary hardship provision, which will provide refiners
and importers with temporary relief from the
benzene standards under certain rare circumstances
(such as a refinery fire or natural disaster).

EPACT2005 Loan Guarantee Program

Title XVII of EPACT2005 authorized DOE to issue
loan guarantees for projects involving new or im
proved)~technologies to avoid, reduce, or sequester
~law specified that the amount of the guar
antee would be up to 80 percent of a project’s cost.
EPACT2005 also specified that DOE must receive
funds equal to the “subsidy cost” either through the
Federal appropriations process or from the firm re
ceiving the guarantee [24]. As discussed in AE02007,
this program, by lowering borrowing costs, can have a
major impact on the economics of capital-intensive
technologies [25].

In August 2006, DOE announced its first solicitation
for $2 billion in loan guarantees. Even though the
entire subsidy costs would be paid by successful appli
cants, DOE believed that authorization from Con
gress in an appropriations bill was required, and
because there was no such authorization at the time,
the requests were considered “pre-applications.”
Consequently, the effects of the solicitation were
not included in AE02007. In February 2007, DOE
did receive authorization to issue a total of $4 billion
in guarantees. To codify DOE’s view that authoriza
tion is needed, the omnibus appropriations bill for
FY 2008 passed by Congress in December 2007
(H.R. 2764) and its accompanying conference report
required DOE to submit a loan guarantee implemen
tation plan to both the House and Senate Appropria
tions Committees for approval 45 days before DOE
issues any future solicitations.

The conference report also directed DOE “to make
no authority in excess of’ $38.5 billion for FY 2008

and FY 2009 [26] and allocated the $38.5 billion
cap as follows: $18.5 billion for nuclear plants; $6
billion for carbon capture technologies; $2 billion for
advanced coal gasification units; $2 billion for
“advanced nuclear facilities for the ‘front end’ of the
nuclear fuel cycle”; and $10 billion for technologies
related to renewables, energy conservation, distrib
uted energy, and electricity generation, transmission,
and distribution.

The guidelines that accompanied the August 2006
solicitation—which stated that DOE would only guar
antee up to 80 percent of a project’s debt—were
criticized by some in the investment community and
the nuclear industry for failing to take maximum
advantage of the loan guarantee provision in EPACT
2005, which allows DOE to guarantee up to 80 per
cent of a project’s cost [271. The final rule that
formalized the guidelines, issued in October 2007, al
lows for up to 100 percent of the project debt to be
guaranteed. This approach was codified in EISA2007.

Because future solicitations have not yet been issued
and remain subject to approval of a loan guarantee
implementation plan by the Appropriations Commit
tees, only the effects of the August 2006 solicitation
are included in AE02008. Table 3 summarizes the
number of applications and the requested amounts
that could be guaranteed for various technologies in
the solicitation. In total, DOE received 143 applica
tions for $27 billion in loan guarantees for projects
costing $51 billion [28]. In October 2007, DOE
released information about the 16 projects and spon
sors that will be invited to submit full applications.
Because the final approval process will take some
time, AE02008 assumes that the dollar amount of the
approved guarantees will be roughly proportional
to the requested guarantees. Accordingly, AE02008
includes an additional 1.2 gigawatts of capacity at
advanced coal-fired power plants and 250 megawatts
at solar power plants that are built as a result of the
loan program. (The other projects in the Octobei’ 2007
announcement were for technologies that are outside
the scope ofAE02008.)

State Renewable Energy Requirements
and Goals: Update Through 2007

In recent years, the AEO has tracked the growing
number of States that have adopted requirements or
goals for renewable energy. While there is no Federal
renewable generation mandate, the States have been
adopting such standards for some time. AE02005
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provided a summary of all existing programs in effect
at that time [29], and subsequent AEOs have exam
ined new policies or changes to existing ones [30,31].
Since the publication of AEQ2007, four Stat~s have
enacted new RPS legislation, and five others have
strengthened .tho~r existing RPS programs. in total,
2.5 States and the District of Columbia now have man
datory .RPS programs (Table 4). At least four other
States—Missouri, North Dakota, Vermont, and Vir
ginia—have voluntary renewable energy programs.

All mandatory State RPS prOgrams enacted as pf
the end of 2007 are represented in the AE02008
reference case, While States differ in Ospects such
as eligible generation technologies and.. compliance
penalties, a regional repr~sentation was created for
modeling purposes. With the exception of California
and New York, where eligible future renewable. gen
eration is uncertain because.of funding liiultations for
State-supported programs, all States were assumed
to.meet their program targets, consistent with, regiOn
ally aggregated compliance schedules, EIA estimated
compliance generation in~ California andNewYork
based on regional costs and authorized funding levels.
In .e~timating diverse State mandates on a regional
level, some precision..is lost; however, including the
State RPS programs in the reference case results in a
better projection that is more consistent with cu±’rent
legislation and regulation. If recent trends continue,
the State RPS programs will exert growing influence
over the national energy mix.

Four States enacted new mandatory RPS programs
over the past year:

New Hampshire. In May 2007, the State enacted an
RPS which, requires that the renewable share of
energy.. consumed for electricity generation increase
through 2025, reaching nearly 24 perCent by 2025
[32]. Approximately 16 percent of all electricity sales
must be from renewable facilities that begin opera
tion after 2006. New Hampshire will . collaborate
with the New England control area to establish a

renewable en~rgy certificate (REC) program. Eligible
generation must occur within New England or be con
sumed by costumers in the areaS In this legislation.,
different renewable technologies are given distinct
classifications with minimum generation require
ments and compliance penalties. Solar power, which
has. the bighest.compliance penalty, must make up 0.3
percent of total sales by 2015 to reach the mandate.

North Carolina. The State established an RPS in
August 2007 with different targets for inves
tor-owned utilities,, municipal suppliers, and electric
cooperativOs [33]. Investor-owned utilities must gen
erate 12.5 percent of their total electric éales from re
newablé . generation’ sources by 2021, Until 2018,
one-quarter of this requirement can be met through
the implementation of energy efflciency technologies.
After 2018., 40 percent of.the requirement can be met
through the use of energy efficiency technologies.
Municipal suppliers and electric cooperatives have a
renewable mandate of 10 per.cent of retail electricity
sales by.2018. In additiOn to the energy efficiency pro
visiOn, municipal suppliers and electric cooperatives
may meet a majority of the mandate through de
mand-side management and the use of large hydro
electric facilities. North Carolina will use an REC
mai~ket,. and limited out-of-State generation qualifies
in meeting”.the RPS.

Oregon, The State enacted an RPS in June 2007,
with standards that vary according to the size of the
electricity provider [34]. Larger utilities must pro
duce 25 percent of their electricity sales from renew
able resources by 2025. ‘Medium-sized suppliers have
a 10-percent requirement and small providers a 5-
percent requirement. Any renewable power plant
coming online after 1995 is considered eligible toward
meeting the State renewable energy goal. Oregon will
use an REC market exclusive to the State, and credits
will be capped at a price yet to be determined.

Washington. Voters . approved Initiative 937 in
November 2006, enacting the Nation’s second ballot

I ~t lilt’ 3. .SU1n1nUT’3’ of’ 1)OE’s August 200( bait guarantee solzcitafwn

4pplit.atuin~. Pi nil, f r”~t~ uu unt
1~intunt 71 qut ~ ci

icc hnolog’~ ‘%,u,nb, i Z~ it I n €4 tiital Q,ilhion doilurc, Pt It tiit of tc,tul 1111,,,,, (tflhlUI S)

i.’i~nzu: •.. . . . .70.. 4~. •— . .. . . . . . . .. . . . . . -

wt ~n ~ii ul ...t 16 —

~riu L’~ 1~ ‘ —

ii ii fjt C~( — 7) -~

.3 1
‘‘iWai •.. :. - . ~. :~ i’~2 . . . 1110 . ~...

26 Energy Inforniution Administration I Annmd Energy Ont!ook ~OOS

000494



Legislation and Regulations

Table 4. State renewable port/buy standards

State -. Progr~am mandate -

AZ 4CC DecisIon No 6~127 requires -15 percent of sales to be renewable by 2026; with lnterim goals iticreasing annually. A sp4cific
percentage of the target ~riust be from diotr ibukd generation. Multiple ci ethts ina~’ & given for solar generation and in State
manufactured s~stemt~ - - - -. - - -. :-- -.

CA Pub~ic Uti~itie~ OOde, ~eclio,i ~19.~.11-399.20, rnandates~ that2operaeni of satea be renetonbie by 2010. There are aláalon~er-term
goals Reneumble projects with above marl et costs will be funded by supplemental energy pa~menlr from a limited fund possthly
lr.rnrting rer ewabl_ generation below the 20 percent m’equircment

CO .Flousc Bill 1281 strengthened the renewable target to 2Qpereent by 2020 for Snve.stor owned utilities 7herc is a 10 percent
requirement in ihesarne~edz~-f&-cooperative and mienicipal-utilities. Mor~eover~2-perceñt-of totbI sales by vestor-owited utilities
mast be from solar power~ In-State generation receions a 25-percent oreditprcmiurit.--: - -:

CT Public Act 07-242 strengthened-the original RPS provisions arid mundalsd.a 27—percent renewable sales reqthre’ment b~’2020.
-Included in the~tôtal isa 4~perãent idandate from~greaterefficiency or GI-IP systernt, Three percent of the overall total riiay be inst
from thaste-to-energy facilities and convent ional..biomass, - _.- -

bB iSenatt Bill 19..ifre’ngthene’cl the lIES Ic 20per~cent of sales by 2019 The~’c-is a-separate re~jz4irement for solcir generation (2pe’reent af
the total) and compliance failure results in higher penalty payments Solar technologies ccci ive triple credits

DC Eciacted in 2005 the BPS mandates that 11 vercerit of sales be renewables by 2022 Spine technologies receive bonus credits and
award for early installations ofmcriewablr systeni-s

HI Senate Bill 3185 amended the ISP,S to increase the mnandatt to 20 percent by 2020 All existing renewable facilities are eligible in
mneetir-tp the targi t which has two inter iris milestones

IL Public Act 095 0481 created an. a~cricy responsible for cnemseeinp the mandate of 25per cent rem wabk sales by 2025 ibeme are
escalati-ig anti cii cc-pets and 75p.rcei tof he r 7nzrern ni must be front ~vrnd ~en~rcit~ ci tiectririty Ihe plan also t,wjude~, ci cup
on the increirzcntal costs ciddeci from r ens wable pcrietr ation

IA An lIPS mandating lOo mnegaaratt& of eiiewublc ene~y capacity has already been eueeded
‘tIE In 2007 Public Law 403 addcd to the Slates lIPS requirements On~inally a mandate of 30 percent renewable general ion by 2000

was set to be lower than eurrmnt generation 2he new law statis that new renewable resource capacity mltst inerase to 10 percint of
elc~tm icity ~eneration b~ 2017 and in the sabse juent years 7 lie years leadinip up to 2017 also have new capacity milestones

‘tlD S( nate’ Bill 595 r iiiscd the BPS to contain a 9 5 percent target by 2022 Mo, eOvtr renewable ~ cncr citron, tech nologres are catQ, tins d
into differing share r equrremerits Penalty pa’s rnents for compliance shortfalls were also deter mined

MA. 7 he BPS has a 4 percent renewable sales total by 2009 with an optIonal 1 percent armuar increase theN after (not r ,flectcd iii
Ab 02008,) Phe State also imposes oenalt~ payments for eornpliahee shortfall

MN Senate Bill I created a 30 percent renewable requim erncnt bi 2020 for ~ecel, the Slate s largest supplier and a 25 percent requirement
by 2025 for others Also specified was the creation of a State cop and trade pm ogr ant that will assist the propi am s innplemcritatron

MI’ House Bill 661 cepanded the BPS provisions to all suppliers Initially the law eoverea only public utilities 4 ISpeicentt share of
sales must be renewable by 2016 .1 lie State operates an EEC niarAc I

NV Bitablished in 1997 arid revised its 2005, the State s escalating tar pet reaches 20pereerit by 2015 Up to one quartci may be met
through efficiency mnihsuies There isal o a nnhiuinurn requirement and bonus requirements for solar resources

NI-I House Bill 873 legislated that 23 8pereerrt of sales must be meliewable vi 2025 16 3percenit of total sales rrust be from ienewable
facilities th’ht have begun operation after 2006 G’ornpliance penalties var~, bs generation t’spe

NJ In 2006 the BPS was revised to increase renewable crier g~ targets Phe cur r emit level for renewable generation is 22 5percerit of sales
b’s 2021 with interim targets I here are different requrr crcierits for differ ent tei hnolobrcs including a 2 per ccitt solar mandate

NM Serrate Bill 118 directs investor owned utilities to have 20 per cent of their soles renewable by 2020 The renewable portfolio must
consist of diversified technologies and wind and solar each must account for 20 percent of’t lie targel Ihere is a separate 10 per cent
standand by2020 for cooperatives

NY The Public Service Commission issued BPS rules in 2005 that call for rcricv,able sales of 24perccrit by 2013 from eurr’ent levels of
-- l9pc’loent. - - - - - - - - - - - - - - : -- - - ,- -- : -- - - - -

NC Serrate Bill 3 Cr sated an BPS of 12 Sper cent by 2021 fan in vesior owned utilities 71her e is also a 10 percent requtreniemit by 2018 for
coopematwe acid municipal suppliers I’hroisgh 2018 once quarter of the target may bernet through efficiency standards that
proportion increases to 40 percent in later years

OR In Jane 2007 Serrate J3ill 838 required renewable targets of25percertt by 2026 for large utilities arid 5 to lOper cent by 2025/or
smaller utilities Any source of renewable electnicit’s on line after 1995 is considered elih ible Compliance penally caps have not been

- - ileter’imiir-ied, - - - -- -- -- -- - -- - ‘ - - - - - - - - - -: - - -- - ~: --- -

PA Vie Alternative Energy Portfolio Standard ho-s arm 18pe’rdent requirement by 2020 At least 8perrenit of the sales must be reriewables
but there is ctlsp dp~ovision that allows for-certain e’oal resourdes to-receive-Iredtts. - - - - -~ - - - - : - -

Ri The program requires l6parcemit of totalsales td be renewable by 2020.-The inter/rn prograirt tarhets~ escalate more t’apiclly inhlater - --

years If the target is not met a gener atom must male an alternative compliance payment
TX Senate Bill 20 strengthened the State’s BPS to mandate 5880 megawatts of rem waNe capacity by 2015 7 her e is also a target of 500

- rñ-egczwatts of rêrie’wable eapatity tither than winid - - : - - - - - - -- -

WA Voters app roved initiative 937, which epeciflee that lSjicr’cent ofsales from tire State’s lai-gest generators must come front reneWable -

sources by 2020. Thein is art administt-ative penalty of 5 dents per’ kilowatthaur for: noncompliance. Any facility on itne after 1999 ~
- eli2lble. - -- ‘ - - -- - - - - ‘- - - - - - - - -

- WI Iii March 2006, Senate Bill 45.~ imicreated the RPS low to lOpercerit Of renewable sales by 2015, Requiram~ients vary by supplier-, arid
out-of—State generation is’ eligible. - - - - - - - -
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RPS [35]. The law covers 84 percent of Washington’s
sales, affects the State’s 17 largest suppliers, and
specifies that 15 percent of their electricity load must
be generated from renewable energy by 2020. Eligible
generation includes any renewable facility that comes
on line after 1999. The 17 suppliers also must identity
feasible areas of conservation and publish. implemen
tation plans to achieve demand reductions. Failure to
comply with the RP’S or the conservation measures
will result in a penalty to the generator of 5 cents per
kilowatthour of generation. .

Five States significantly changed their existing RPS
requirements: . . .

Delaware. The State enacted Senate Bill (SB.) 19 in
July 2007, increasfn~ the required. RPS from 10 per
cent to 20 percent of electricit~i by 2019. [361. It also
created a~ solar photovoltaic (PV) . provision under~
which 2 percent of electricity must originate from so
lar PV by 2019. Both the solar target and the renew-
able target consist of escalating interim milestones.
The existing schedule of alternative compliance pay
ments (ACPs) is not affected [3?], but the bill does
provide for separate solar~ ACPs with a minimum
value of $250. per megawatthour—much higher than
the standard ACP.s. In-State solar PV generation re
ceives triple credits toward meeting the RPS.

folorado. House Bill 1281 strengthened the RPS
thatwas approved by voters in 2004 by increasing
the amount of renewable energy required in 2015
from 10 percent to 15 percent of sales [38J~ It also
added the requirement that 20 percent of total elec
tricity sales by. investor-owned utilities must come
from renewable energy by 2020, Investor-owned utili
ties . also are required to generate 2 percent of their
sales with solar energy technologies. House Bill 1281
created a less stringent standard for electric coopera
tives and municipal utilities,, requiring that only 10
percent of sales be from qualifying sources by 2020.
It also establishes that generation within Colorado
receives 125 percent of thern value that out-of-State
energy would earn. . .

Connecticut. The State revised its RPS requirement
in June of 2007 as part of Public Act’07-242 [391. The
revisions extended the RPS to 2020, with a 27-percent
requirement in that year. Most of the standard is to
be met through renewable technologies using wind,
solar, sustainable biomass, and wave energy, Genera
tion from surrounding States is eligible. There are
separate rules requiring ClIP systems and efficiency
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enhancements (4 percent). Three percent of the total
may be met from waste-to-heat facilities and conven
tional biomass. Suppliers that do not comply face a
penalty of 5.5 cents .that will be used to fund renew
able development.

Illinois. In August 2007, the State’s voluntary re
newable goal was replaced by a mandatory RPS [401.
Suppliers, with more than 100,000 customers ar.e
required to provide 25 percent of their electricity
from, qualifying facilities by 2025, with several
interim requirements. ‘Three-quarters of the facilities
must be ‘wind powered. Until 2011, lower cost in
State resources must be used unless they are’proven
exhausted, in, which case. out-of-State generation
would qualify. Afte±’ 2011, no preference is given to
Illinois resources Over others in the ‘region. The
costs assoCiated with the mandates are’ capped and
reviewable.

Minnesota. . Minnesota’s new RPS regulations be
came effective in February 2007. ,They created two
standards, one ‘for Xcel Energy and another for other
suppliers. [411. Previously, Minnesota had a voluntary
standard. The .Xcel milestones are .the most signifi
cant, with 30 percent of all ‘power required to come
from renewable enei’gy by 2020. Approximately 83
percent of. the po~er. from. renewables must come
from. wind turbines. .Other..s,uppliers, including mu
nicipal utilities, have until 2025 to meet a smaller goal
of 25 percent. The State ‘Public Utilities Commission
is still constructing an REC trading system, and the
role that interstate o.r interregional credits will play is
still unknown.

State Regulations on Airborne Emissions:
Update Through 2007

Implementation of the Clean Air Interstate
Rule .

States are ‘moving ‘forward ,with implementation
plans for the Clean Air’ Interstate Rule (CAIR) ‘[42].
The program, promulgated by the EPA in March
2005, is a cap-and-trade system designed to reduce
emissions of SO2. and NOR. States originally had until
March 2007 to”submit implementation plans, but the
deadline has been extended by another year. CAIR
covers 28 eastern States and the District of Columbia.
States have the option to participate in the cap-and-
trade plan or devise their own plans, which can be
more stringent than ‘the Federal requirements. To
date, no State has indicated an ‘intent to form NO~
and SO2 programs with emissions limits stricter than
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those in CAIR, and it is expected that all States will
participate in the EPA-administered cap-and-trade
program. CAIR remains on schedule for implementa
tion, and AE02008 includes CAIR by assuming that
all required States will meet only the Federal require
ment and will trade credits.

A similar program, the Clean Air Mercury Rule
(CAMR), was promulgated by the EPA in March 2005
to reduce emissions of mercury [431. On February 8,
2008, the U.S. Court of Appeals found CAMR to be
unlawful and voided it, ruling that the EPA had not
proved mercury to be a pollutant eligible for regula
tion under a less stringent portion of the Clean Air
Act. Because the court’s ruling came too late for EIA
to remove the CAMR provisions from its analysis,
AE02008 includes consideration of CAMR. Regard
less of CAMR, however, some States have imple
mented plans calling for mandatory 90-percent cuts
in mercury emissions from all plants of a certain size.
More stringent modeling of mercury emissions limits
in somo~ regions may be necessary when State actions
have b~en finalized,

State Greenhouse Gas Initiatives

RGGI. Since the end of 2006, three additional States
have joined ~the Regional Greenhouse Gas Initiative
(RGGI) [441: Currently, RGGI includes 10 members:
Connecticut~’ Delaware, Maine, Massachusetts, New
Hampshire, New Jersey, New York, Rhode Island,
Vermont, and Maryland.

Although AE02008 does not include RGGI, given
the current uncertainty about the program’s struc
ture and allowance trading, several States are now
moving forward with their draft implementation
plans. Massachusetts, Maine, and New York have
released public drafts for comment. Each of those
plans closely follows the model rules published in
August 2006, requiring that 100 percent of the allow
ances be auctioned. It is thought that all RGGI States
are likely to follow the same precedent, with a limited
number of giveaway credits. RGGI formally begins in
January 2009, Some States will have to enact legisla
tion to make the program legally binding, whereas
others have State agencies that already have such
authority and do not need to pass new laws. As of late
2007, Vermont was the only RGGI State that had
enacted a new law.

WUt. In February 2007, the governors of Arizona,
California, New Mexico, Oregon, and Washington
established the Western Climate Initiative (WCI),

Utah and the Canadian provinces of British Columbia
and Manitoba have since joined as full partners. Six
additional U.S. States and several Canadian prov
inces participate as observers. The eight full partners
have agreed to the goal of decreasing emissions to 15
percent below 2005 levels by 2020, but little else
about the program has been decided. Although the
WCI is leaning heavily toward a cap-and-trade sys
tem, the specifics of covered emissions, State allow
ance allocations and trading, emissions accounting,
and offsets—among other items—still are being nego
tiated. AE02008 does not include the WCI, because it
remains to be seen how the program will function and
what the penalties for noncompliance will be.

WCI has a task force that will assemble a program
model rule by August 2008, Some WCI partner States
already have GHG laws or goals, while others, such as
Utah, do not. The agreement does not override the
binding GHG laws in California, Oregon, and Wash
ington, but it does require WCI partners to join the
Climate Registry, which is a collaboration of 39 U.S.
States, Canadian provinces, and Mexican states seek
ing uniform GHG accounting and reporting.

California. California’s S.B, 1368 [451 makes it
illegal to enter into new long-term contracts to serve
the State’s electricity demand with power plants that
produce GHG emissions in excess of 1,100 pounds per
inegawatthour of electricity generated—effectively
prohibiting the construction of new coal-fired facili
ties without carbon sequestration, even if they are lo
cated in a neighboring State. AE02008 includes the
impact of S.B. 1368 through limits on coal-fired elec
tricity generation serving California.

California’s Assembly Bill (A.B.) 1493, which would
establish GHG emissions standards for LDVs, is not
considered in the AE02008 reference case. A.B. 1493
was signed into law in July 2002, and regulations
were released by the California Air Resources Board
in August 2004 and approved by California’s Office
of Administrative Law in September 2005 [46], The
emission standards would be applied to light-
duty noncommercial passenger vehicles manufac
tured for model year 2009 and beyond [47j. The
standards, specified in terms of CO2-equivalent emis
sions, would apply to vehicles in two size classes:
passenger cars and light-duty trucks with a loaded
vehicle weight rating of 3,750 pounds or less;
and light-duty trucks with a loaded vehicle weight
rating greater than 3,750 pounds and a gross
vehicle weight rating less than 8,500 pounds. The
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002-equivalent emissions standard for light .trucks
would include noncommercial passenger truéks be~
tween 8,500 pounds and 10,000 pounds. The regula
tions:.were to become effective in January 2006 and•
set near~term emission standards that were to be
phased in between 2009 and 2012. The, mid-term
emission standards were to be phased in between
2013 and 2016, After 2016, the emissions standards
would be left unchanged.

Before Califo~’ni~ can implement the GHG emission
standards for vehicles established in A.B. 1493, it
must receive a waiver from the U.S. EPA. Tbe.EPA,
however, has denied California a waiver to regulate
GHG emissions from mobile source under the Clean
Air Act. Expressing concern about the establishment
of regional emissions standards for new motor vehi
cles, the EPA reasoned that the effects of climate
change in California did not support the need for a re
gional standard. . V

In October 2003, California, 11 other States, .3 cities,
and several’ environmental groups filed a petition in
the U.S Court. Of Appeal~, ar~uiñ~ tht thO V EPA
should regulate GHG emissions from vehicles. InJuly
2005, a three-judge panel ruled 2 to 1 in the EPA’s fa
vor, stating that the agency was not required to regu
late GHGs under the Clean Air Act. The decision was
overturned in April 2007 by th~ U.S. Supreme Court,
which ruled that the EPA has authority under Sec
tion 202 of the Clean Air Act to regulate GHG emis
sions from automobiles. Nonetheless, on December
19, 2007, the EPA again denied California’s request
for a waiver [48], On January 2, 2008, California and
15 other States. sued. the EPA, challenging its ‘decision
to deny the wavier [49],

AE02008. also’ does not include consideration of
California A,B. ‘32,’ which mandates a 25-percent
reduction in California’s GHG emissions by 2020, Im
plementing regulations have not been drafted.and are
not due to be finalized until January. 2012.

Washington and Oregon, Washington and Oregon
have joined California in the enactment of State GUG
legislation. In May 2007, Washington’s Governor
Christine Gregoire signed S.B. 6001 [501, which man
dates cuts in emissions and’ performance standards
for power plants. The legislation targets reductions
to, 1990 emissions levels in ,the State by 2020,

to 25 percent below the 1990 levels by 2035, and to 50
percent below the 19.90 levels by 2050 Washington
has .not yet mandated the program specifics, such
as the’ type of systern ‘that will be used to meet the
targets. Additional action from the governor, the util
ities, and the State’s transportation commission will
be required.

Washington State has’ alsO adopted the same stan
dards included in California SIB. 1,368. Oregon, which
has 002 regulations for natural-gas-fired plants but
not for other fossil-fuel-based power systems, passed
its GHG reduction law in August 2007. The law has
the same 2020 reduàtion goal as Washington’s and
also requires that emissions growth .be capped by
2010. It establishes the Oregon’ Global Warming
CommissiOn, a body will have 25 members with vari
ous backgrounds who will serve as an advisory board
to State and local governments. Like Washington and
California, Oregon has not determined the specific
procedures to be followed in implementing the re
quired emissions reductions.

Other States. Many other States have goals and
‘other provisions for GHG reductions and accounting
of emissions’from stationary sources. In May. 2007,
‘Montana’s Governor Brian Schweitzer signed House
Bill 25 [51], which requires any new coal-fired gener
‘ating facility to sequester’ at least 50 percent of the
002 it emits. Florida’s Governor Charlie Cri~t signed
three executive orders, [52] over the summer concern
ing his State’s emissions of heat-trapping gases, in
cluding anàvOrall State goal to bring emissions to 80
percent below 1990 levels by 2050. An Energy and Cli.
mate Change AOtion Plan will be developed to deter-’
mine how the State of’ Florida can reach those
reduction goals.

ICAP, Ten U,S. States, all of which are participants
in either, RGGI or WOl, have entered the ‘Interna
tional Carbon Action Partnership (ICAP). ICAP,
created in October .2007, seeks collaboration among
carbon trading programs. ‘Members ‘include nine
European Union countries, the European Commis
sion, Norway, and New ‘Zealand. Several other
U.S. States have non-binding goals, carbon registry
requirements, or energy plans that include recom
mendations to limit 002 emissions from stationary
sources, including those described above.
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Issues in Focus

• Introduction

Each year, this section of the .AEO provides in-depth
discussions on topics of special interest that may
affect annual projections, including significant
changes in assumptions and recent developments in
technologies for energy production, supply, and
consumption. In view of recent increases in construc
tion costs, including the costs of constructing power
plants, refineries, and other energy-related facilities,
this year’s topics include a discussion of cost trends
and the implications for energy markets. Other issues
discussed•, this. year include the implications of
increased reliance on natural gas in the electricity
generation sector, warming weather trends and their
effects on energy demand, LNG imports, and world
oil prices and production trends.

The topics explored in this section represent current,.
emerging issues in energy markets; but many of the
topics discussed in AEOs published in recent years
are relevant today. Table 5 provides a list of titles
from the 2005, 2006, and 2007 AEOs that are likely
to be of interest to today’s readers. They canbe found
on ETA’s web site at www.eia.doe.gov/oiaf!aeo/other
analysis/aeo_analysès. html.

Impacts of Uncertainty in
Energy Project.Costs

From the late 1970s through 2002, steel, cement, and
concrete prices followed a general downward trend.
Since then, however, iron and steel prices have
increased by 8 percent in 2003, 10 percent in 2004,
and 31 percent in 2005. Although iron and steel prices
declined in 2006, early data for 2007 show another
increase. Cement and concrete prices, as well as the

composite cost index for all construction commodi
ties, have shown similar trends but with smaller
increases in 2004 and 2005 (Figure 9).

Recent increases in the costs of basic commodities
and increases in capital costs for energy equipment
and facilities couldhave significant effects on future
energy supplies and consumption. Higher capital
costs could change both the competition among fuels
and technologies and the marginal cOsts of new
energy supplies. In . the electric power sector, for
example, capital costs are generally lower for generat
ing plants that use fossil fuels than for plants that use
nuclear or renewable fuels. If capital costs increased
.~n a proportional basis for plants of all types, then
capital-intensive nuclear and renewable power plants

• would become even less competitive with fossil-fired
plants when new capacity is planned. In addition,
over the long term, higher capital costs would lead to

Figure 9. Changes in construction commodity costs,
1973-2007 (constant dollar index, 1.73=100;
1981 =100 for cement costs)

“Issues in Focus” in recent .AEOs
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higher energy prices, which in turn could slow the
growth of energy consumption.

The AE02008 version of NEMS includes updated
assumptions about the costs of new power plants, the
costs of drilling and pipeline construction in the oil
and natural gas industry, refinery costs, and capital
costs in the LNG supply chain. In the reference case,
energy project costs are assumed to level off over
the long term, To examine the effects of different
assumptions about future costs, high and low energy
project cost cases were developed, assuming higher
and lower costs than in the reference case.

Power Plant Construction

In the electric power industry, cost estimates for indi
vidual construction projects to be completed over the
next decade have increased by 50 percent or more in
recent years [53]. Increased costs have been reported
for power plants of all types, including coal, nuclear,
natural gas, and wind. The Handy-Whitman index for
electric’iitility~construction (which is used as a proxy
for all dlectrie power industry projects) provides an
average cost ~index for six regions in the United
States, starting from 1973. A simple average of the
regions .is used in Figure 10 to show the national
trend for power plant construction relative to the cost
index for construction materials. The two indexes
diverge in the early 2000s, when power plant con
struction costs began to show a flat to slightly increas
ing trend, while general construction costs continued
to decline. With the sharpestincreases in electric util
ity construction costs occurring over the past 3 years,
the electric utility construction cost index for 2007 is
17 percent higher than its low point in 2000.

Oil and Natural Gas Industry

Exploration and Production

According to the American Petroleum Institute’s
Joint Association Survey of Drilling Costs (JAS), the
average real cost of drilling an onshore well almost
doubled in 2004 and increased by another 10 percent
in 2005. The increases are attributable in part to the
increased drilling activity brought on by higher prices
for crude oil and natural gas; however, there is a great
deal of uncertainty as to whether the recent escala
tion in drilling costs represents a fundamental shift in
the drilling services industry or is a temporary aber
ration that will be corrected in the near term,

Natural Gas Pipelines

Historical trends in pipeline construction costs are
more difficult to identify, because the cost data are
not readily available; however, average real capital
costs for lower 48 pipeline construction appear to
have increased by some 70 percent over the past
3 years. Anecdotal evidence suggests that new esti
mates for the cost of constructing an Alaska pipeline
are 50 percent higher than the estimates published in
May 2002, and estimates for a Mackenzie Delta pipe
line also are higher than the preliminary estimates
from 2003.

LNG Facilities

Construction cost estimates for new natural gas
liquefaction facilities scheduled to come on line
between 2008 and 2011 increased by 50 percent in
2006 relative to those reported a year earlier for the
same period. Some of the increase may be due to
strong growth in demand for LNG liquefaction capac
ity. This cost pressure will not persist as markets
adjust and additional projects are announced and
completed; however, a portion of the increase is due to
increased material costs, shortage of experienced
workers, and construction bottlenecks that are likely
to persist or take longer to resolve. The costs for
regasification facilities and receiving terminals have
also increased sharply—by more than 50 percent—
over the past few years. Based on contracts signed be
tween 2000 and 2006, LNG shipping costs have also
risen by more than 7 percent over the past few years.

Petroleum Refineries and Ethanol Plants

The Nelson-Farrar refinery construction cost index
es, which track overall costs for refinery construction,
show a 30-percent increase from 2003 to 2005 in real
dollar terms. Similarly, the Chemical Engineering
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Plant Cost Index (CEPCI) shows a significant in~
crease in ethanol plant construction costs over recent
years. Because there has not been a significant in
crease in U.S. refining construction activity over the
past few years, cost increases in the petroleum refin
ing sector largely reflect higherprices for the various
commodities used in the refining industry (steel,
nickel, cobalt, etc.) rather than significant incr~ases
in demand for refinery services and equipment.

Case Descriptions

Reference Case

The AE02008 reference caseincludes updated infor
mation on the current costs of construction and
investment in the energy industry, based On recent
.data.and estimates:that show higher costs than were
assumed for AE02007. Inmost ofthe AE02008 cases,
the higher cost . levels are assume4 to continue
throughout the projections. For the electric power
sector, initialcosts f~r all technologies are 15 percent
higher than those in AE02007 and continue~ to be
higher throughout the projection, although overnight
costs fall over time ~s a result of technology learning.

For the oil and natural gas industry, regionaidrilling
costs are calculated annually from econometrically
derived equations, which are based on historical data
from the American Petroleum Institute’s JAS, and
estimates of the number ofwells being drilled and the
average depth of each well. The cost increases seen
after 2003 are, represented by an explicit multiplier
that~ captures~ the combined impacts of various cost
factors other than drilling activity and well depth. In
the reference case, the cost escalation factor is applied
and held con~tant over the projection, but it~ Cft~ect is
partially ofi’set by an annual technology improvement
factor that reflects learning and increased efficiency.

Pipeline construction costs are based on average con
struction cost data filed between 1992 and 2008, and
they are assumed to remain constant through 2030.
The reference case also assumes that the recent,
higher estimates for an Alaska pipeline and a pipeline
from the Mackenzie Delta remain constant through
2030,

Construction costs for new natural gas liquefaction
facilities were increased by 50 percent in AE02008 to
match the 2006 cost estimate for facilities scheduled
for completion between 2008 and 2011.The construc
tion’ costs are assumed to remain constant at that
level through 2015, then declineto only 15 perCent

above their pre-2006 levels in 2018 as the market
adjusts, after which the costs are assumed to remain
constant at the 2018 level through 2030. LNG ship
ping costs and construction costs for regasification
facilities are assumed to be 15 percent and 7 percent
higher, respectively, than their 2006 level throughout
the AE02008 projection.

Construction costs for refineries and for ethanol pro
duction plants are assumed to remain constant at
2006 levels through 2030, based on the Nelson-Farr
index and CEPCI, respectively.

High Energy Project cost Case

The high energy project cost. case assumes that the
cost ‘of construction will continue to rise. For electric
ity generation plants, the base capital cost for all tech
nologies rises at a rate of 2.5 percent’ per year—
similar to the average increase over the past 3 years—
through 2030, offset in part by learning effects.

For the oil and natural gas industry, the escalation
factor for drilling costs is assumedto increase to twice
its original value by 2010 and remain constant there
after. it is offset in part by an annual technology im
provement factor, Pipeline construction costs are
assurried. to start at the reference case level but grow
to about 25 percent above the reference case level in
2030. ‘ ‘ ‘

LNG liquefaction costs match the reference case in
crease through 2008 and add an additional 20 percent
thereafter. Construction costs for LNGregasification
facilities are 1. percent above the reference case level
in ‘2008 and then’ held constant through 2030. LNG
shipping costs are increased to 7 percent above the
reference case level in 2008 and then held constant
through 2030.

For the refining sector, construction costs are in
cre~ed above the reference case level .by a factor’
equal to the percentage difference between the
2004 and 2006 Nelson-Farrar index values and
held constant. Construction costs for corn and cCllu
losic ethanol plants are treated similarly, using the
CEPCI.

Low Energy Project Cost Case

The low energy project cost case generally assumes
that the cost of construction’ will decline to the levels
of’ 5 to, 10. years ago. For the electricity sector, the
15-percent capital cost escalation factor included in
the reference case is phased out over 10 years, so that
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overnight construction costs for all generating tech
nologies are 15 percent lower than those in the refer
ence case by 2017,

For the oil and natural gas industry, the drilling cost
escalation factor applied in the reference case is
phased out by 2010. Pipeline construction costs start
at the reference case level but decline gradually to
about 25 percent below the reference case level in
2030. For LNG liquefaction facilities, construction
costs are reduced gradually from those in the refer
ence case, returning to 2006 levels by 2015 and
remaining constant thereafter. Similarly, construc
tion costs for LNG regasification facilities and costs
for LNG shipping costs decline gradually from refer
ence case levels, return to 2006 levels by 2018, and
remain constant thereafter. Refinery construction
costs are assumed to return to 2004 levels by 2008 and
then remain constant through 2030.

Results

Electricity: Capacity Additions and
Generation:.
The projected mix of generating capacity types added
in the electric power sector from 2006 to 2030 does
not vary significantly among the reference, high
energy project cost, and low energy project cost cases,
because increases or decreases in construction costs
have similar~ixnpacts on new builds for all technology
types on a percentage basis. For example, coal-fired
technologies provide about 40 percent of all new
capacity additions in each of the three cases. More
capital-intensive technologies, including nuclear
and renewables, are affected somewhat more, how
ever, than those with lower capital costs, including
natural-gas- and coal-fired plants.

In the high energy project cost case, coal-fired capac
ity additions are reduced by 13 gigawatts from the ref
erence case level, but with higher costs leading to
higher electricity prices and lower demand, less new
generating capacity is needed overall. As a result, the
coal share of new builds remains almost the same as
in the reference case. The technology most affected is
nuclear power: no new nuclear capacity is built before
2030 in the high energy project cost case (Figure 11).
Renewable capacity additions are 17 percent lower
than in the reference case, but total generation from
renewable plants is about the same in order to meet
the requirements of State and regional RPS pro
grams. The increase in renewable generation comes
primarily from biomass co-firing at existing coal
plants.

Because they are the least expensive to build, natural
gas capacity additions increase in the high energy
project cost case relative to the reference case, meet
ing 43 percent of new capacity needs. As a result, nat
ural-gas-fired generation in 2030 is 22 percent higher
than in the reference case. Average electricity prices
in 2030 are 9 percent higher in the high energy pro
ject cost case than in the reference case.

In the low energy project cost case, more capacity of
all types except natural gas is added over the projec
tion period. The largest increase is in nuclear capacity
additions, which are 10 gigawatts higher than in
the reference case. Because capital costs make up a
smaller share of total costs for natural-gas-fired ca
pacity additions than for other technologies, they are
slightly less economical in the low energy project cost
case and about 3 gigawatts lower than in the refer
ence case. The fuel shares of total generation in 2030
are similar in the low energy project cost case and the
reference case, with a small decrease in the natural
gas share (to 13 percent, compared with 14 percent in
the reference case). The nuclear share of total genera
tion increases from 18 percent in the reference case to
19 percent in the low energy project cost case. Elec
tricity prices in 2030 are 4 percent lower in the low
energy project cost case than in the reference case.

Natural Gas: Supply, Consumption,
and Prices

Natural gas supply volumes are determined primarily
by consumption levels, particularly for electric power
generation, Capital costs play a role in determining
the relative shares of total supply derived from con
ventional, unconventional, LNG imports, and other
supply categories.

Figure 11. AdditIons to U.S. electricity generation
capacity by fuel in three cases, 2006-2080
(gigawatts)
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Total domestic natural gas production in 2030.differs
by 1.6 trillion cubic feet between the low and high
energy project cost cases (Figure 12). Lower 48
onshore production differs by 1.1 trillion cubic feet
between the two cases, with conventional and un
conventional production accounting for 0.6 and 0.5
trillion cubic feet of the total difference. Production
from Alaska and offshore production differ by 0.4
and 0.2 trillion cubic feet, respectively, between the
low and.high energy project cost..cases.

In 2030., tOtal net natur~1 gas imports are 3.1 trillion.
cubic feet in the high energy project cost case and
3.4 trilliOn cubic feet:in the low energy project. co~t
case. LNG imports acc~ount for more than. 80 percent
of total net natural gas imports in all the cases, and
the capital costs for LNG facilities are by far the larg
est component ofLNG supply costs. Net LNG imports
are 2,5 trillion cubic feet in 2030 in the high energy
project cost. case, conipared with 2.8 tr.il~ion cubic feet
in the low energy prpject cost csse,

The pictui’e for net pipeline impo s of. natural gas
from Canada and Mexico is rmore complex~ In the

Figure 12, U.S. flatural ga~ supply by sourcc
three cases, 2080 (‘trillion cubic feet)

reference case, because recent cost estimates indicate
that a Mackenzie Delta pipeline would not be econom
ical to build [54), net pipeline imports total only 0.3
trillion cubic feet in 2030. In. the low energy project
cost case, a Mackenzie pipeline would begin operation
in 2014, providing about 420 billion cubic feet per
year through 2030; as a result, net pipeline imports to
the United States total 0.5 trillion cubic feet in 2030.
tn the high energy project cost case, with higher U.S.
prices fOr natural gas inducing more production and
exports from Canada, net U.S. pipeline imports total
0.6 trilliOn cubic feet iri.2030.

Differences in total• natural gas consumption in the
energy project cost cases are determined primarily by
the different amounts used for electricity generation.
Because coal, nuclear, and renewables are more com
petitive with natural gas in the low energy project
cost case and capture a larger share of new capacity
additions, natural gas consumption in the electric
power sector in 2030 is 0,4 trillion cubic feet lower
than the reference case projection of 5.0 trillion cubic
feet (Figure 13).

As .a result of the lower level of. natural gas use fo~
electricity gei~eration in the low energy project cost
case, total . domestic naturp.l . gas coi~surnption and
prices ii, 2030 ~re lower than in the. reference case:
consumption by 0.3 trillion cubic feet (from 22.7 tri~
lion cubic feet in the reference case) and wellhead gas.
prices by $0.33 (2006 dollars) per thousand cubic feet
(from $6.63 in the reference case) (Figure 14).

In the high energy project cost case, new natural-gas
fired electricity generation capacity is considerably
less expensive than competing technologies, and the
natural gas share of capacity additions increases,
resulting in higher total consumption and prices for

Figure 18. U.S. natural gas consumption by sector Figure 14. U.S. natural gas prices in three cases,
in three cases, 2030 (trillion cubic feet,) 2000-2030 (2006 dollars per thousand oubi~ feet,)
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natural gas than in the reference case. The increase in
consumption for electricity generation leads to higher
total domestic consumption (by 1.1 trillion cubic feet)
and higher price levels (by $0.49 per thousand cubic
feet) for natural gas than in the reference case.
Because of the higher prices, natural gas consump
tion in the residential, commercial, and industrial
sectors in 2030 is lower than projected in the refer-
once case.

Petroleum Liquids Supply

A large part of the domestic oil resource base has been
produced, and new oil reservoir discoveries are ex
pected to be smaller, more remote (offshore deep-
water, for example), and more costly to exploit. With a
few exceptions—namely, deepwater Gulf of Mexico
and offshore Alaska—the remaining domestic petro
leum basins have been significantly depleted. Conse
quently, EOR using miscible 002 is the primary
extraction technique expected to keep onshore oil
production at a relatively high level through 2030.
The assumpj~ions in the low and high energy project
cost cases wdi-e applied only to the domestic resource.
Depletion àf~ domestic oil resources constrains the
high and lo* energy project cost assumptions from
having a significant impact on domestic oil produc
tion. The lo’csr and high energy project cost cases would
show larger ~impacts if the assumptions were applied
to world liquid supplies.

A slow, continuous decline in oil production is pro
jected for the onshore United States, even with the
relatively high oil prices [551. Future domestic on
shore oil production is dominated by large oil fields
that were discovered decades ago, and EOR only
extends their productive life. For example, although
the Prudhoe Bay Field started production in 1976, the
largest share of Alaska’s oil production still comes
from Prudhoe Bay. Although large oil fields on
Alaska’s North Slope came into production more
recently [56], the long-term trend is for Alaska’s
oil production to decline as the Prudhoe Bay Field
declines. The A33J02008 reference case and low and
high energy project cost cases include constant or
declining U.S. oil production, as smaller and smaller
new fields come into production while the larger
existing fields continue to be depleted [57].

In the low energy project cost case, total domestic oil
production in 2030 is 18,000 barrels per day higher
than projected in the reference case. In the high
energy project cost case, higher drilling costs reduce
both the rates of return on oil production and the cash

flow of oil producers, and as a result total domestic
production in 2030 is about 300,000 barrels per day
lower than in the reference case.

Because EOR is highly capital-intensive, most of the
variation in domestic oil production across the three
cases reflects differences in BOR production. In the
reference case, 002 EOR production in 2030 totals
1.31 million barrels per day, as compared with 1.33
million barrels per day in the low energy project cost
case and 980,000 barrels per day in the high energy
project cost case.

For deepwater production in the Gulf of Mexico, the
reference case projects an increase from about
970,000 barrels per day in 2006 to 2,0 million barrels
per day from 2013 through 2019, followed by a decline
to 1,6 million barrels per day in 2030. The projections
in the low energy project cost case are nearly the
same, because the constraints on deepwater develop
ment are not prices and costs but long development
lead times and limited infrastructure, In the high
energy project cost case, the capital intensity of deep-
water development constrains oil production in the
Gulf in the earlier years, with a peak production level
of 1.9 million barrels per day from 2013 through 2019.
As oil prices increase later in the projection period,
however, smafl deepwater fields that were uneconom
ical in earlier years begin to be developed. In 2030,
deepwater production in the Gulf is about 30,000
barrels per day higher in the high energy project cost
case than projected in the reference case [58].

Both CTL and BTL production are also capital-
intensive and vary significantly on a percentage basis
across the three cases. Combined production from
CTL and BTL facilities is about 620,000 barrels per
day in 2030 in the low energy project cost case, com
pared with 510,000 barrels per day in the high energy
project cost case.

The only other petroleum supply category signifi
cantly affected in the energy project cost cases is
natural gas liquids (NGL). In the high energy project
cost case, which projects considerably more natural
gas production than the low case, NGL production is
also higher, at 1.6 million barrels per day, compared
with 1.5 million barrels per day in the low case, As
a result, the difference in combined CTL and BTL
production between two cases is almost completely
offset by the difference in NGL production

Crude oil prices are not projected to vary significantly
across the three cases. The reference case projects a
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price of $70.45~forlow-sulfur light crude oil
in 2Q30 (2006 dollars), compared with $70.33 per bar
rel In the low energy project cost case and $70.65 per
barrel in the high, energy project cost case. Accord
ingly, total domestic consumption of petroleum liq
uids does not vary by muóh, at 22.7 million barrels per
day in the high energy project cost case and 22.8 mil
lion barrels per ‘day in ‘the low energy project ‘cost
case. Imports of crude oil and liquid fuels make up the
difference between the projectionsfor liquids produc
tion and consumption in each case, varying from 55.5
percent ‘of tOtal U.S, supply in 2030 in the high.energy
project co~t case to 54.0 percent in the low energy pro
ject cost case As noted above, the impacts would be
more significant if the assumptions in’ the low and
high ei~ergy projectcost cases were applied to global
markets. , ‘

Limited Electricity Generation Supply
and JAmited Natural Gas Supply Cases
Development of U.S. energy resources and the per
mitting and construction of large energy facilities
have become increasingly difficult over the past 20
years, and they could become even more difficult in
the future, Growing public concern about global
warming and CO2 emissions also casts doubt on
future consumption of fossil fuels—particularly coal,
which releases the largest amount of 002 per unit of
energy produced. Even without regulations to limit
greenhouse gas emissions in the United States, the
investment community may already be limiting the
future use of some energy options. In addition, there
is considerable uncertainty about the future avail
ability of, and access to, both domestic ‘and ft~reign
natural gas resources.

To examine the effects. of uncertainty about ‘future
supplies ‘of electricity and natural gas, three alterna
tive cases were developed for AE02008. The limited
electricity generation supply’ case assumes that
higher construction and operating costs together with
other factors, such as lack of public acceptance, will
limit the use of energy sOurdes’other than natural gas
for power, generation—including coal: without ,CCS
technology, nuclear power, and’renewable fuels. The
limited natural gas supply case assumes that no
Arctic natural gas pipeline will be in operation
before 2030, the availability of LNG to U.S. regasifi
cation terminals will’ be limited, the U.S.. oil and
natural gas resourco base will be less than in the ref
erence case, access to the resource, base will be more
limited than assumed in the reference case, and that
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improvements in oil and natural gas exploration
and development technologies will be slower than in
the reference case. Finally, a combined limited case
includes all the assumptions from the first two cases.

Assumptions

Limited Electricity Generation Supply Case

In the AE02008 reference case, based on existing
laws and regulations, the use of natural gas for elec
tricity generation continues to increase in the near
t~erm, then declines as generators increasingly turn to
coal, renewables, and nOw nuclear power capacity in
the longer term. New coal-fired capacity without CCS
could be limited, however, by policy changes aimed at
limiting 002 emissions., Several. States already are
beginning to implement emission reduction pro
grams, and théU.S. Congress is discussing potential
Federal programs.’ In CO.lifornia and ‘Washington
State, recent’ legislatiOn has set emission standards
for electric power plants that would ,preclude new
coal-fired plants without ,00S from providing power
to those States (see “Legislation and Regulations”).
There are also several proposals at the Federal level
that would impose caps o~i 002 emissions. The
limited electricity generation supply case, in ‘addition
to assuming.that new coal-flred power plants without
OCS cannot be built, also assumes that construction
costs for new plants with CCS will be 25 percent
higher than in the reference case.

Currently, new nuclear capacity is being proposed
in response to incentives provided in EPACT2005,
rising fossil fuel prices, and concerns about CO2 emis
sions; however, there continue to be concerns about
nuclear waste disposal, public, acceptance, arid the
ability to build new plants On, ,time an’d within’ budget.
It is likely that some new nuclear plants will be built,
given current interest levels ,and financial incentives,
but if early buildsencounter delays in construction or
licensing or significant cost overruns (as occurred
with the first generation of nuclear plants), the long-
term potential for nuclear electricity in the United
States could, be reduced.

The limited electricity generation supply case
assumes the same amount of new nuclear capacity
as in the reference case by 2030; however, in cir
cumstances where the reference case assumes that
current capacity factors, averaging over 90 percent
nationally, will be mpintained throughout each
plant’s 60-year lifetime, the limited electricity gener
ation supply case assumes that the national average
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capacity factor for nuclear power plants will fall to 70
percent in 2030. To date, no nuclear power plant has
operated for 40 years, and industry experience in
maintaining older nuclear plants is limited. Thus, it is
possible that replacement of major components on
older plants could cause significant outages, or that
gradual breakdowns could lead to lower capacity
factors.

Adding large amounts of economical renewable
capacity may also face challenges. The reference
case projects a large increase in renewable. capacity
(mostly wind and biomass), mainly to meet the
requirements of State RPS programs. There is also~
some public resistance to the siting of new wind
and biomass plants, however, and their costs may
increase after the “best” sites have been used. The
limited electricity generation supply case assumes the
same amounts of new wind and biomass capacity as in
the reference case, but the availability of new biomass
energy crops is delayed until 2020, compared with
2010 in the reference case. Biomass gasification tech
nology is a he~v, unproven design that could run into
delays and c0st o’&erruns, and in addition it could take
many years to develop the infrastructure to grow,
cultivate, harvest, and transport new energy crops.
The costs Tor all other new renewable capacity
(geothermal, landfill gas, solar thermal, and solar
PV) are ass&med to be 25 percent higher than in the
reference case. Again, these technologies are new,
and there is considerable uncertainty about initial
cost estimates.

Limited Natural Gas Supply Case

The limited natural gas supply case represents an
environment in which numerous natural gas supply
options are unavailable, less available, or more costly
to develop than in the reference case.

Among the most significant uncertainties for future
natural gas supply are the development ofnatural gas
pipelines in the Arctic region of North America, the
future availability of LNG imports, the size of the
domestic natural gas resource base, and the rate
of technological improvement in the industry.
Currently, two large natural gas pipelines are under
consideration for development in the Arctic region:
a Mackenzie Delta pipeline in Canada and an Alaska
pipeline [59], both of which are large, expensive con
struction projects. It is expected that 6 years will be
required to permit, license, design, construct, and
open the Mackenzie pipeline and 9 years will be

required to do the same for the Alaska pipeline.
A number of factors could delay completion of the
projects beyond 2030, however, including: higher-
than-expected construction costs that would make
the pipelines unprofitable throughout the projection
period; higher-than-expected State and Provincial
taxes and royalties on natural gas production; envi
ronmental concerns requiring expensive remedia
tion; delays in regulatory approval and permitting;
and difficulties in addressing the concerns of native
peoples whose lands are crossed by the pipelines.
Accordingly, the limited natural gas supply case
assumes that neither pipeline will be opened before
2030.

The future availability of LNG imports depends
critically on the development of new LNG supply
sources throughout the world, which in turn will
require the construction of large, expensive liquefac
tion facilities and LNG tankers. Typically their
financing is supported by multi-decade contract
commitments from large natural gas consumers, such
as natural gas and electric utilities; however, those
large consumers face considerable uncertainty of
their own, including whether new nuclear generating
capacity will reduce long-term requirements for
natural gas supply, whether alternative supplies will
be available from other sources at lower prices,
and whether suitable pricing mechanisms will be
available to ensure that LNG suppliers earn a reason
able rate of return while the consumers pay prices
that are reasonable in comparison with the prices of
other sources of natural gas supply.

It is possible that potential LNG suppliers could face
considerable difficulty in obtaining customer commit
ments sufficient to support the financing required for
development of LNG supplies that are able to satisfy
world demand for natural gas. Further, if LNG
supplies are scarce relative to world demand, over
seas natural gas prices could exceed U.S. domestic
prices, drawing LNG supplies away from the U.S.
market. Alternatively, new sources of LNG supply
could be fully committed to overseas customers under
long-term contracts, making spot purchases of LNG
either unavailable or prohibitively expensive.

Availability of supplies could also be limited by poli
cies adopted by the countries that produce LNG. For
example, LNG producers could operate in concert to
limit LNG supplies in order to increase prices or to
make more natural gas available to their own con
sumers. They might also adopt production taxes,
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excise taxes, and tariffs that would make’ LNG eco
nomically unattractive in the United States.

The LNG assumptions,used in the limited natural:gas
supply case are identical to those used in the low LNG
case (discussed later in “Issues in Focus”), with U.S.
gross imports of LNG held, constant at 1.0 trillion
cubic feet peryearfrom’2009through2030 [6Q]. The’
LNG restrictions apply to the Unite,d States only;
LNG imports to Canada and Mexico remain sensitive
to prices, and new LNG import capacity is assumed
to be constructed in those countries according to pre
determined price triggers.

The actual size of the domestic oil and natural gas
resource base . is another s.ource’ of uncertainty.
The USGS and Minerals Management Service
(MMS) calculate the . U.S., undiscovered oil and
natural ga~ resource base on, a probabilistic basis,,
reporting a mean ealimate, a 95-percent probability
estimate,’ and. ‘a 5-percent’ probability, estimate’ ‘of
technically reäoverable, oil~ and natural gas resources
in, each major ~U.S. ‘petroleum bashi~, As an example,

‘“for the U.S. ‘lower 48on~hore basins~ the USGS mean
probability estimate of undiscovered natural’ gas
resources is 483 trillion, cubic feet, the 95-percent
probability estimate is 291 trillion cubic feet, and the
5-percent probability estimate is 735 trillion cubic
feet [61], illustrating thewide range of uncertainty
with regard to the size of the U.S. oil and natural gas
resource base.

The AE02008 reference case assumes that the tech
nically recoverable U.S. oil and natural gas resource
base is equal to the USGS and MMS mean estimates.
Given the ‘uncertainty inherent in those .estimates,.
however, the actual resource base could be consider
ably smaller. Further, the ability to ‘,develop ‘the.
resóurcë base could be limited by other factors, in
cluding the’ possibility that future laws and regula
tions’ could place ‘more Federal and State land off
limits to oil and natural gas production. The limited
natural gas supply case assumes that .the U.S.
unproven oil and ~natural gas resource base .and
Canada’s undiscovered natural gas resource base are
15 percent smaller than the estimates used in the
reference case;

Another factor that could reduce available natural
gas supplies is a slowdown in the rate of technological
progress. Technological progress generally reduces
the cost of finding, developing, and producing natural
gas resources. In addition to their direct impacts on
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costs, technology improvements can increase finding
and success. rates, which have an impact on the aver
age costs of production. A slower rate of progress re
suits in higher capital ‘and operating costs for,oil and
natural gas exploration and development than would
otherwise be the case. The limited natural gas supply
case assumes ,a technological progress rate that is
one-half the rate in the reference case.

Results

Electricity Generation

In .2006, coal-fired power plants supplied 49 percent
of U.S. electricity generation. In the AE02008 refer
ence case, coal’s market share is maintained through
2020 and grows to 54 percent in 2030, primarily as a
result of projected increases in natural gas prices. In
the limited electricity generation supply case, natural
gas supplies are unchanged from those in the refer
énce, case, irhile ~eneration from’ other fuels is con
strained. As a result, the coal share of total generation
drops to 42 percent in 2030, and the natural gas share
increases :from 20 percent in 2006 to 27 percent in
.2030,~as compared with 14~ercent in 2030 in the
‘reference case ‘(Figure 15). By ‘assumption, nuclear,
wind, and biornaas remain ator below reference case,
levels from 2006 through 2030, while generation from
other renewables and ‘from oil increases ‘slightly.
Although delivered natural gas prices to the electric
power seétor fri 2030 are 16 percent higher in the
limited electricity generation supply case than in the
reference case because of higher demand, the price
increase is not enough to shift generation ‘from
natural gas to the competing technologies.’

In the limited natural gas supply case, no constraints
are assumed for any electricity generation technology
relative to the reference case, but natural gas supplies

Figure 15. Electricity generation by fuel in four
2OO6’c~ ~‘ (trillion kilc~vatthours)
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In the limited natural gas supply case, where total
natural gas consumption in 2030 is 3.8 trillion cubic
feet less than in the reference case, the lack of an
Alaska pipeline and the constraint on U.S. LNG
imports account for 2.9 trillion cubic feet of the
reduction in natural gas supply. Unconventional
natural gas production is also reduced by 1.8 trillion
cubic feet, whereas domestic production from other
sources, particularly onshore conventional resources,
is increased by 0.4 trillion cubic feet and pipeline
imports are increased by 0.6 trillion cubic feet.

The decrease in unconventional natural gas produc
tion in the limited natural gas supply case relative to
the reference case is a direct result of the changes
in supply assumptions. Because the undiscovered
unconventional resource base is considerably larger
than the conventional resource base, the assumption
of a 15-percent smaller resource base has the greatest
volumetric impact on unconventional natural gas
resources. Technology advances already have made
most conventional supplies economically recoverable,
and thtis a reduced rate of technological progress has
a larger impact dn the cost of developing unconven
tional and’ offshore resources. Deepwater offshore
resources are further constrained by infrastructure
limitations and long lead times for the construction
of new production platforms and pipelines. Thus,
conventional production increases, unconventional
production decreases, and there is only a small
increase in offshore production in the limited natural
gas supply case relative to the reference case.

Although the natural gas technology and resource
assumptions in the limited natural gas supply case
apply to Canada as well as to the United States, LNG
imports into Canada and Mexico are not constrained
[621 and are responsive to higher prices. As a result,
both countries are projected to increase their LNG
imports and make more natural gas available to the
U.S. market by pipeline.

In the combined limited case, net natural gas pipeline
imports in 2030 are almost 6 times the reference case
level. Although U.S. pipeline imports of natural gas
might be expected to increase in the limited electricity
generation supply case, the assumed opening of an
Alaska natural gas pipeline reduces Canadian exports
to the United States.

Before 2025, the largest source of incremental U.S.
natural gas supply in the combined limited case is
conventional lower 48 natural gas production. In
2030, however, higher natural gas prices cause net

pipeline imports to become the largest source of incre
mental supply. Net pipeline imports in 2030 are 1.6
trillion cubic feet higher and account for slightly more
than one-half of the total increase in natural gas
supply in the combined limited case relative to the
reference case. LNG imports into Canada and Baja
California, Mexico, are 1.1 trillion cubic feet higher in
the combined limited case than in the reference case
in 2030, accounting for more than 50 percent of the
increase in net pipeline imports. Other domestic pro
duction accounts for the remainder of the difference
in incremental supply between the two cases in
2030, with onshore conventional production 1.3 tril
lion cubic feet higher and offshore production 0.2 tril
lion cubic feet higher in the combined limited case
than in the reference case. The increases in domestic
conventional natural gas production and pipeline im
ports offset declines in unconventional production
and Alaska production. They also offset a decline in
LNG imports that are eliminated from the combined
limited case by assumption but are available in the
reference case.

Natural Gas Prices

In each of the three limited cases, natural gas prices
are higher than projected in the reference case
(Figure 19). The assumptions for the limited natural
gas supply case have a more significant impact on
price than those for the limited electricity generation
supply case, with natural gas wellhead prices 45
percent and 14 percent higher in 2030 than in the
reference case, respectively. The largest difference
from the reference case is in the combined limited
case, with prices 89 percent higher than in the refer
ence case in 2030, End-use prices for natural gas
increase in response to the higher welihead prices and

Figure 19. Lower 48 welihead natural gas prices
in four caBes, 1996-2080 (2008 doliar8
per thousand cubic feet)
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moderate consumption, while price increases ~both
result from and contribute to changes in the mix of
supply sources.

The reason for the large price variations across the
cases is the need to turn to more expensive sources of
supply .to satisfy the demand for natural gas as con
sumption increases and available sources of supply
diminish. With the exception of Alaska and uncon-.
ventional natural gas, the domestic. conventional
natural gas resource base is largely depleted, and only
limited production. increases are possible in response
to consumption increases. ,Most of the large Conven
tional fields have already been discovered, leaving
only the smaller and deeper fields that are more costly
to develop.

In the limited eleCtricity generation supply case,
which assumes the same resource base and rate of
technological progress as in the reference case,
unconventional natural gas production increases in
response to higher prices, The assumptions for the
limited natural gas supply. case limit technological
progress and reduce the size of the resource b~se,
causing a much greater price increase .th~n in the
limited electricity generation supply ‘case. Increased
demand for natural gas in the limited electricity: gen
eration supply case raises the natural, gas ~ellh~ad
price in 2030 to $7,57 per thousand cubic feet,
compared with $6.63 ‘per thousand cubic feet in ‘the
reference case. In the limited natural gas supply case,
the welihead price in 2030 is $9.61 per.thousahd cubic~
feet, andin ‘the combined limited case it is $12.55 per
thousand’ cubic feet. . . ‘

Electricity Prices . .

In”the AE02008 reference case, real electricity prices
are projected to remain relatively flat, with the 2030
price slightly below the current price. In the three
‘limited cases, all ‘with higher natural gas prices,
electricity prices in 2030 are 4 percent to 36 percent
higher than 2006 prices (Figure 20). Electricity prices
in 2030 in the limited electricity generation supply
case are higher than those in the limited natural gas
supply case, even though natural gas prices are lower,
because there are more options to change the genera
tion mix in the limited natural gas supply case. In the
limited electricity generation supply case, *ith’capac
ity additions largely restricted to natural gas technol
ogles, electricity prices are more sensitive to changes
in natural gas prices and are 13’ percent higher in
2030 than projected in’ the referOnce case. In compari
son, electricity prices in 2030 in the limited natural
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gas supply case are ~ percent higher than in the refer
ence case, Jn the combined limited case, electricity
prices in 2030 are 37’percent higher than in the refer
ence case. . ‘ ..

Trends in Heating and Cooling
Degree-Days: Implications for Energy
Demand :‘

Weather-related energy use,. in the form of heating,
cooling, and ventilation, accounted for more~ than
40 percent of: all delivered energy use in residential
and commercial buildings in 2006. Given the ‘rela
tively large athount of energy affected by ambient
temperature in the buiidings sector, EtA has re
evaluated what it .considers “normal” weather for
purposes of projecting future energy use for heating,
cooling, and ventilation. In ‘AE02008, estimates of
“normal” heating and cooling degree-days are based
on the population-weighted average for the .10-year

.period from 1997 through 2006. “.

In previous A~Os, ‘~iA used the. National Oceanic
and ‘Atn-iospheric Administration (NOAA) 30-year
average for, heating and cooling degree-days as a
benchmark for ‘normal weather. Over the ‘past several

‘years,’ however,’ :many energy analysts have ques
tionedthe use of the 30-year average,’given the recent
trez~d ‘toward warmer weatherrelative to the 30-year
average. Figure 21 shows percentage differences from
the. 80-year average in heating and cooling degree-
days for the past 1~ years.’ Q.ver the’ 15~year period,
only two winters have been colder, and all but three
summers have been warmer, than the 30-year aver
agO; and on’ average, the winters have ‘been 4 percent
warmer and the’ summers 5 percent warmer than the
30-year average. Five ‘of the 1~ summers were mOre
than 10 percent ‘warmer than the 30-year average,
whereas only 2 of the 15 winters were 10 percent

Figure 20. U.S. average electricity prices in four’
~5-203Q (2006 cents per kilos atth~ ~r),
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are limited. As a result, in 2030, delivered natural gas
prices to the electric power sector are 39 percent
higher than in the reference case, and natural-gas-
fired generation is 42 percent less than in the
reference case. With no technology restrictions,
natural gas is displaced by increases in the use of
coal, nuclear, and some renewables (geothermal,
biomass, and wind) for electricity generation.

In the combined limited case, all the fuel choices for
electricity generation are more expensive than in the
reference case. Natural-gas-fired generation in 2030
is higher than in the reference case, but with higher
natural gas prices (84 percent higher than those in
the reference case) the difference is smaller than in
the limited electricity generation supply case. Coal-
fired plants with CCS are built, increasing the
demand for coal, and investment in new renewable
technologies increases, including geothermal and
offshore wind. Oil-fired generation also increases
substantially, because it is less expensive to use
distillate than natural gas even in some newer
combined-cycle plants, Total electricity generation
is 6 percent lowdr in the combined limited case than
in the reference ease, as higher costs for fuel and for
plant construction result in higher prices and lower
demand for electricity.

The technology mix for new capacity additions differs
dramatically among the three limited cases (Figure
16). In the limited electricity generation supply case,
the only new coal-fired builds are those currently
under construction, and almost all the additional
coal-fired plants projected to be built in the reference
case are replaced by new natural-gas-fired capacity
(an additional 60 gigawatts). Nuclear generating
capacity is the same as in the reference case, and
renewable capacity additions are 8 gigawatts higher.

Figure 16. New generating capacity addition8
in four cases, 2006-2030 (glgawatts)
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In the limited natural gas supply case, higher natural
gas prices reduce natural-gas-fired capacity addi
tions, while additions of coal-fired, renewable, and
nuclear capacity increase relative to the reference
case. Because more older generating units are retired
in the limited natural gas supply case (primarily,
those using natural gas) more new capacity is added
than in the reference case.

In the combined limited case, 17 gigawatts of new
coal-fired capacity with OCS is built. Natural-gas-
fired capacity also increases relative to the reference
case, but by a smaller amount than is projected in the
limited electricity generation supply case. More new
capacity using renewable technologies that are not
constrained by assumption, including geothermal,
landfill gas, and offshore wind, is built in the com
bined case than in the reference case, even though
their construction costs are assumed to be higher
than in the reference case.

Natural Gas Consumption

Natural gas consumption for electric power genera
tion in 2030 varies widely across the cases, from
43 percent below the reference case level in the
limited natural gas supply case to 78 percent above
the reference case level in the limited electricity
generation supply case (Figure 17). The largest differ
ence from the reference case is in the limited elec
tricity generation supply case, because constraints on
competing fuels, such as the CCS requirement for
new coal-fired plants, make natural gas the fuel of
choice for new capacity.

In the limited electricity goneration supply case, nat
ural gas consumption for electricity generation is 3.9
trillion cubic feet above the reference case level in
2030, while total U.S. natural gas consumption in

Figure 17. Natural gas consumption by 8ector
in four cases, 2030 (trillion cubic feet)
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2030 is only 3.6 trillion cubic .feethigher than in the
reference case, Higher natural gas ‘prices in the
limited eleótricity goheration supply case reduce
residential, ‘oommerciai, and industrial natural gas
consumption iii 2030 by a total of 0.4 trillion cubic
feet from the reference case, projection.

In the limited natural gas supply, case, where only
natural gas supply is constrained, higher natural, gas
prices cause natural gas to lose market sharein all the
end-use consumption sectors. In 2030, total natural
gas consumption is 3.8 trillion cubic feet less in ‘the
limited natural gas’.supply case than in the reference
case. In the electric power sector, which is particu
larly fuel flexible and price sensitive, natural gas
consumption in 2030 is 2.2 trillion ‘feet lower than in
the reference case.

In the combined limited case, total natural gas con
sumption in 2030 is 3 percent lower than projected in
the reference case, although natural gas use for elec
tricity generation is 21 percent (1’. 1 trillion cubic feet)
higher’ than in, the reference, case. In comparison,
natural gas consumption in the electric power sector
in 2030 is 3.9 trillion’ cubic feet, ‘higl~eriu the limited
electricity generation supply case and 2.2 trillion
cubic feet lower in the limited natural gas supply Qase.
than in the reference ease,, The constraints on other
sources of electricity generation in the limited eleç
tripity generation supply case ‘thus have a,.much more
pronounced e~’fect on natural gas consumptioz~ in the’
electric power sector than do the natural gas supply
constraints in the limited natural gas supply case.

In all three cases, higher natural gas prices reduce
natural gas consumption in the residential, commer
cial, and, industrial sectors relative to the reference
case. In the combined limited case, natural gas con
sumption in the end-use sectors in 2030 is 14 percent
lower than in the reference case. In the short term
there is little potential in t’hose sectors for fuel switOh
ing, which generally occurs only over the long term
as older equipment is retired. In the residential and
commercial sectors, most of the reduction in natural
gas consumption in the three cases~ results from
conservation and more efficient appliances. In the
industrial sector, where there is some fuel-switching
capability, part ‘of the decrease is attributable to fuel
substitution. ‘ In addition, although not quantified
here, higher prices could drive some industrial users,
to either shut down operations or move them outside
the United States to locations where fuel and other
operating costs are lower.,
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In the end-use sectors, the largest reduction in natu
ral gas consumption occurs in the combined limited
case, because the highest natural gas prices are also
prOjected in the combined case. In 2030, natural gas
consumption is 19 percent lower in the industrial
sector, 8percent lower in the residential sector, and
10 percent lower in the commercial sector than pro
jected in the reference case,

NaturalGasSupply ,

As consumption patterns shift across the cases, the
mix of n&iural gas’ supply sources changes consider-

‘ably (Fi~u’re 18), These changes are dictated largely
by the natural gas supply condition~ assumed in the
limited natural gas supply case and in the combined
limited Case, which assumes’ that no Alaska natural
gas pipeline is built and that gross LNG imports do
not increase after 2009. Consequently, in these ‘two
cases, lower 48 sources providemost of the incremen
.tal natural gas sü~ply.

In the limited electricity generation suppl~r case, all
natural gas sourcOs contribute’ to incremental supply
in 2030. The largest increase is 1.1. trillion’ cubic feet
from unconventionalnatural gas production, which
consists Of tight. gas, ‘shale gas, and coalbed methane,
Unconventional natural gas makes up the bulk of the
undiscovered: resourcO “base and shows significant
growth in the reference case projections. Conven
tional natural gas production (onshore and offshore)
in 2030 is 0.6’trlllion’cubic feet above the reference
case’ level. Alaskan production and LNG imports,
which are not constrained in this case, both respond
td higher prices~ increasing by 0.4 and 1.0, trillion
cubic feet, respectively. Offshore production is slight
ly higher, by 0.2 trillion cubic feet, and’ pipeline im
ports are higher by 0.4 trillion cubic feet.

Figure 18. Natural gas supply by source
in four cases, 2006 and 2030 (trillion cubic feet)
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warmer than the average, indicating a larger change
for summer than for winter weather over the past 15
years. This suggests that the 30-year average is
heavily weighted by years before 1993 and is less
representative of heating and cooling degree-days in
more recent years.

The recent changes in average heating and cooling
degree-days have not only affected the accuracy of
AIIJO projections for heating and cooling demand.
Underestimating summer demand for cooling—par
ticularly, peak demand—can undermine the plans
made by electricity producers for wholesale power
purchases and capacity additions, Overestimating
winter demand for heating can affect plans for
natural gas storage and supply. Consequently, many
energy analysts have suggested that shorter time
periods provide a more appropriate basis for project
ing “normal” weather. For example, Cambridge
Energy Research Associates, Inc., now uses a 15-year
period (199 1-2005) to estimate normal weather in its
projections for heating and cooling degree-days [631,
and NOAA, respbnding to cuátonier feedback, has
undertaken a prdcess to revise its traditional 30-year
average by:creating “optimal climate normals” that
will be more representative of current weather trends
[64]. ETA decided to use the 10-year average to pro
vide a better match with recent trends in heating
and cooling degree-days.

Heating and ~Jooling Degree-Days in AE02008

All the AE02008 projections use the 1997-2006 aver
age as a proxy for normal weather from 2009 through
2030, The 10-year average is based on heating and
cooling degree-day data by State, provided by NOAA,
and State population weights provided by the U.S.
Census Bureau. The State population projections
allow for dynamic estimates of heating and cooling

Figure 21. Annual heating and cooling degree-days,
1993-2007 (percent difference from 30-year average.)
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degree-days at the Census Division level, Where State
populations are expected to shift within and across
Census Divisions, the projections for average heating
and cooling degree-days at the national level can vary
from year to year.

Figure 22 shows differences in heating and cooling
degree-days in the AE02008 projection for 2010-2030
from the 1971-2000 30-year average published by
NO.AA. (It should be noted that the projection is not
based on any assumption about global warming.
Rather, expected U.S. population shifts cause the
numbers of average heating and cooling degree-days
to change over the projection period.) In 2010, the
number of U.S. cooling degree-days in the AE02008
reference case is about 10 percent greater than the
NOAA 30-year average with fixed population weights,
and the number of heating degree-days is 8 percent
less [65]. Accordingly, electricity providers are pro
jected to see more peak summer demand, and direct
fuel use for heating in buildings is projected to decline
through 2030 asa result of State population shifts, all
else being equal.

Impacts on the AEO200S Projections

Fuel Use in Buildings and for
Electricity Generation

Because space heating accounts for more direct
energy use in buildings than does cooling, use of the
10-year averages for heating and cooling degree-days
results in a 2.4-percent net decrease (about 0.6
quadrillion Btu) in buildings sector energy consump
tion in 2030, as compared with the same projection
based on 30-year average heating and cooling
degree-days (Figure 23). For electricity providers,
on the other hand, the increase in electricity use for

Figure 22. Heating and cooling degree-days
in the .4E02008 reference case, 2010-2030
(percent difference from 1971-2000 average)
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cooling is more than the decrease in electricity use for
heating, and the result is a 0.7-percent net inerease
(about 0,4 quadrillion Btu) in fuel use for electricity
generation. The effect on total net .er~ergy consump
tion in the reference case is small, amounting to a
0.4-percent decrease (about 0,4 quadrillion Btu) in
2030. As a result, expenditures for energy purchases
in residential and commercial buildings. are 0.4 per~
cent lower in 2030 ($1.8 billion in .2006 dollars); and
total 002 erñissions in.2030are iecluced:by.0,1 per~~
cent (10 milliàn metric tons)~

Electricity.Prices . ..

As expected, the additional~ummer demand for cool
ing that. results from using the 10-year average for
cooling degree-days shifts more eleCtricity demand
into the summer peakperiod (Figure 24). In 2030,
demand in the summer peak period increases by 4.4
percent, whereas winter demand is reduced by 0.8
percent. The increase in summer beak demand
leads to higher~ real electricity prices, with average
increases of 2.3 percent for residential customers and
0.3 percent for commercial customers

Liquefied Natural Gas: Global Challenges
~5 imports of LNG in 2007 wei’e more than triple

the 2000 tOtal, and they are expected to grow in the
long term as North America’s conventional natural
gas production declines. With U~S. dependence on
LNG imports increasing, competitive forces in the
international iñarkets for natural gas in general
and LNG in particular will play a larger role in
sh~ping the U.S. market for LNG. Key factors cur
rently shaping the future of the global LNG market
include the evolution of project economIcs, worldwide

demand for natural gas, government policies that af
fect the development and use of natural resources in
countries with LNG facilities, and changes in sea
sonal patterns of LNG trade.

changing Project Economics

From the mid-1990s through 2002, a major factor
underlying the growth of global LNG markets was
d.eclining~ costs throughout the LNG supply chain.
Since 2003, however, costs have escalated, especially.
in the area of liquefaction. The result h~s been a delay
in commitments to the: construction of new liquefac
tion capacity, which in turn creates uncertainty:about
the future availability .of LNG suppiies.

The cost of liquefaction capacity can vary widely,
depending on location, quality ofnatural gas supplies,
and plant design (including whether the planned
capacity is an expansion of an existing plant or a new
greenfield plant) Jfl general, however, the available
data indicate that construction costs for new liquefac
tion capacity have more than tripled since the early
2000s [66)~ Some of the reasons for the increase are
higher raw: material costs. for commodities such as
nickel and steel; a shortage of experienced workers
and contractors, fUll construction order books,. and
longer delivery times for ke~ . pieces of equipment.
Although ~conornies f scale can reduce unit costs,
those reduc~ions have not been sufficient to offset
increases .in other costs.

For regasification facilities and receiving terminals,
the available data suggestt~at the construction costs
for new projects have increased by more than 50 per
cent over the past 5 years [67]. In addition, construc
tion costs for LNG tankers have increased by 40 to
50 percent since 2003 [68), primarily because ofrising

Figure 23, Impacts of change from 30-year to
10-year average for heating and cooling degree-days
on energy use for heating and cooling in buildings
by fuel type, 2030 (quadrillion Btu)

Figure 24. Impacts of change from ~0-year to
10-year average for heating and cooUng degree-days
on peak seasonal electricity demand load, 2030
(gigawatts)
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costs for materials and equipment. Wood Mackenzie
reports that ship prices remain on “an upward trend
driven by a surge in new orders of large tankers, bulk
carriers, and containerships, which compete with
LNG carriers for berth space” [691.

Worldwide Demand for Natural Gas

Contributing to the uncertainty about LNG supply
availability is a worldwide increase in natural gas
consumption and its effect on prices. In EtA’s Inter
national Energy Outlook 2007, annual worldwide
natural gas consumption in 2030 varies by 35 trillion
cubic feet between the high and low macroeconomic
growth cases, or around plus or minus 11 percent
when compared with the reference case [701.

For some countries, such as Japan and South Korea,
relatively slow growth is expected for natural gas
consumption, but because they are almost entirely
dependent on LNG imports to meet natural gas
demand, any increase is likely to affect LNG markets.
For, India and China, on the other hand, natural
gas donsumption has increased much more rapidly.
Both countries have been actively searching for new
domestic natural gas resources, and both have been
pursuing pipeline projects that could bring more
imported supplies to domestic consumers. China has
been negotiating with Russia to obtain supplies, India
has been r~egotiating with Iran, and both countries
have been competing for pipeline supplies from
Central Asia and Myanmar. The success or failure of
domestic natural .gas exploration efforts in India and
China and the possible construction of new pipelines
is likely to affect their demand for LNG imports and,
ultimately, how much LNG will be available to the
United States.

Currently, the Organization for Economic Coopera
tion and Development (OECD) countries account
for the majority of LNG imports. In 2006, 12 OECD
countries [71] were net importers of LNG, and they
accounted for just over 90 percent of all LNG imports.
Five non-OECD countries [72] accounted for the
remaining 10 percent. Among the world’s net export
era of LNG, however, 11 of 12 were non-OECD coun
tries [73], and Australia was the only OECD country
with net LNG exports in 2006. At the same time,
natural gas consumption has been increasing at a
faster rate in the non-OECD countries than in the
OECD countries as a whole,

Resource Development Policies

In addition to the uncertainty associated with natural
gas demand growth and project costs, many countries

that are net LNG exporters have government policies
or agreements that promote domestic natural gas
consumption. Any expansion (or rollback) of such pol
icies could affect their future domestic consumption
of natural gas and the supplies available for export.

Indonesia, Egypt, and Australia have or are consider
ing domestic natural gas supply requirements for
projects under development. Indonesia’s 2001 Oil
and Gas Law imposes a 25-percent domestic market
obligation on new contracts for natural gas produc
tion sharing, although implementation of the law is
still uncertain [74]. In 2005, Egypt reduced the por
tion of natural gas reserves available for export from
one-third to one-quarter.

Unlike Egypt and Indonesia, Australia does not have
any national regulations that require natural gas re
sources to be reserved for domestic markets; how
ever, the Western Australia state government has
negotiated an agreement with Northwest Shelf LNG
developers to reserve 4.7 trillion cubic feet of North
west shelf natural gas for the domestic market and,
more recently, has negotiated a similar agreement
with Gorgon LNG developers to set aside 15 percent
of reserves for the domestic market. The Western
Australia government has also been considering
domestic reservation requirements for all future
natural gas projects that would liquefy production for
export [75]. Such a requirement could discourage
development of marginal export projects, leaving
some resources undeveloped.

Domestic reservation requirements promote natural
gas consumption by keeping domestic natural gas
prices low. In addition, many countries that are net
LNG exporters foster domestic consumption further
by directly regulating domestic natural gas prices and
keeping them below LNG net-back equivalent prices.
Both China and India, two of the world’s newest LNG
importers, also regulate the prices that electricity
generators pay for natural gas. Without below-
market prices, generators probably would be unable
to use natural gas to generate power profitably for
sale to domestic electricity markets, where prices
also are regulated.

Seasonal Usage Patterns

The natural gas market in North America, where
indigenous production meets much of the demand for
natural gas, is a large, liquid market with ample
storage capacity. Thus, even during periods of rela
tively low demand, it can still absorb imports. There
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is, however, a seasonal element specific to the U.S.
market (Figaro 25). More LNG is imported by the
United States during the summer months, for
reasons related as much to conditionsin.other LNG
importing coüütrios as to conditions in the United
States. The conditions that make North America an
attractive year-round market are notlikely to change,
but changing conditions inthe rest of the world could
reduce the availability of summer LNG imports to the
United States. V

•The natural gas market in OECD Europe is corn
parable with the North ArnCriëan market in size—
about 71 percent as large in 2005. Whereas North
America relies almost entirely ‘on. storage with~

V drawais to meet incremental winter demand, OECD
Europe employs a variety of sources, with indigenous
production, natural gas imports, and storage with
drawals all. rising in the winter months to meet
increased demand (Figure 26). :
The United lCingdom,,• Belgium, and the Netherle.nds
currently . have active. ,market-ba~ed .s~st.eius for
natural gas. In addition~ European Union regulators
are trying to introduce regulatory~ reform into addi
tional markets and bring more liquidity into conti
nental European markets. Although OEOD lilurope
also has less storage capacity than. North America,
even when the. relative size of annual demand in the
two markets is taken into account, it has many geb
logic structures that could be suitable for seasonal
natural gas storage. By 2015, OECD Europe could
add almost 1 trillion cubic feet of additional working
natural gas capacity in seasonal storage facilities [76].

where peak demand for heating occurs during
the northern hemisphere~s summer. Argentina be
came the first South Ame~’ican country to import
LNG, o,ffloading its first partial cargo in May 2008.
Argentina and its neighbors are anticipating a short
age of natural gas this winter (June-August), and
Argentina is planning to import LNG on special
ships with onboard regasification capability while
the. construction of onshore regasification terminals
is being discussed. V , ‘

Brazil and Chile also will soon become LNG import-
ërs. Brazil has two floating regasification and storage
units on ‘order,. the first o.f which could begin opera
•tion. on the country’s northeast.coast during 20.08.
Chile ‘has at least, one regasification terminal in
the advanced planning stage, and others are ‘under
consideration. The terminal planned for Quinteros,
Chile, is expected to enter service in the ~Ccond quar
ter of 2009 with a capacity of 2.5 million tons of LNG
(116 billion cubic feet of natural gas) per year and a
contract with BG Group for ‘supply of 1,7 million tons
(79 ‘billion cubic feet) per year [77].

Implications of Unöertainty in LNG Markets

Changing expectations about global LNG demand,
supply, and prices are reflected in the AE02008 refer
ence case. Demand for natural gas overall is lower in
AE02008 than in AE02007 as a result of expecta
tions for slower economic growth and higher energy
prices, including natural gas prices. With the addi
tional assumptions of higher LNG costs, sti~onger
competition for global LNG supplies, and growing
constraints on LNG production, U~S. LNG imports in’
2030 are 1.7 trillion cubic feet lower inAEO2008 than
the AE02007 projection for LNG imports in 2030.
There rethains however, considerable uncertainty

The seasonal LNG supplies. avallable to the North
American market could also be affected ifnew impo~t~
Ors of’ LNG develop in the southern hemisphere,

Figure 25. U.S. Imports of liquefied natural gas,
2001-2007 (billion cubic feet per day,
3-month average)
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about the future of the global LNG market, which
could lead to higher or lower LNG imports. To quan
tify the possible effects of that uncertainty, AE02008
includes high and lowLNG supply cases in which U.S.
imports of LNG are assumed to be higher and lower,
respectively, than in the reference case.

The high and low LNG supply cases are not based on
explicit assumptions about the causes of increased or
decreased availability of LNG imports but only exam
ine their potential impacts on natural gas supply,
demand, and prices in the United States Gross U.S.
LNG import levels were specified for the high LNG
supply case by increasing LNG imports by 10 percent
in 2011 relative to the reference case level, followed
by a gradual increase to three times the reference case
level in 2030. For the low LNG supply case, U.S. LNG
imports are held constant at the reference case level
in 2009 through the end of the projection. All other
assumptions in. the LNG supply cases, such as oil

prices and domestic resource levels, are the same as
in the reference case. In 2030, LNG imports are
specified to he 8.5 trillion cubic feet in the high LNG
supply case and 1.0 trillion cubic feet in the low LNG
supply case (Figure 27).

Varying the amount of LNG imports affects domestic
production, consumption, and price levels for natural
gas. In general, lower LNG imports result in the use
of higher priced domestic production, leading to
higher prices and, subsequently, reduced consump
tion and total supply requirements. In the low LNG
supply case, 23 percent of the reduction in LNG
imports is made up by a decline in natural .gas con
sumption (primarily in the electricity generation sec
tor, where more than 90 percent of the reduction
occurs). The other 77 percent is made up by an in
crease in supplies from other sources, primarily
domestic unconventional natural gas production (26
percent) but also other domestic lower 48 production
(20 percent), Alaska production (20 percent), and
pipeline imports (11 percent) (Figure 28). The lower
supply requirement helps moderate the price increase
relative to the reference case (Figure 29). Welihead
natural gas prices in 2030 are 4.4 percent higher in
the low LNG supply case than in the reference case.

In the high LNG supply case, the impact on consump
tion is larger, An increase in natural gas consumption
amounts to about 45 percent of the increment in
LNG imports relative to the reference case, and the
remaining 55 percent offsets declines in domestic
natural gas production and pipeline imports. Well-
head prices in 2030 are nearly 17 percent lower in the
high LNG supply case than in the reference case.

Figure 27. Gross U.S. imports of liquefied natural
gas in three cases, 1990-2030 (trillion cubic feet)
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Figure 28. U.S. natural gas supply in three cases,
2006-2030 (trillion cubic feet)
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Figure 29. Lower 48 wellhead natural gas prices
in three cases, 1990~2030 (2006 dollars per thousand
cubic feet,)
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World Oil Prices and Production Trends
in AE02008

AE.02008 defines the world oil price as the px~ice
of light, low-sulfur crude oil delivered in Cushing,
Oklahoma. Since 2003, both “above ground” and
“below ground” factors have contributed to a sus
tained rise in nominal world oil prices, from $31 per
barrel in 2003. to $69’ j~er barrel in 2007. The
AE02008 reference case outlook foi~ world oil prices is
higher than in the AE02007 reference c~se,.Thè main
reasons, for the ~doption of a higher reference case
price outlook include continued significant expansion
of world demand for liquids, particularly in non
OECJJ countries, which include Chins and India; ‘the
rising costs of conventional non-OPEC supply. and
unconventional liquids production; limited growth in
non-OPEC supplies despite higher oil prices; and the
inability or unwillingness ofOPEC member countries
tc increase conventional crude oil production to levels
that woul4 be required for maintaining price,st~bil
ity, EtA will continue ,to mopitor’ world oil price
trends and may need to make further adjus~inents in
future AEOs. ‘ ‘ . : ‘

In the AE02008 reference case, the world oil priCe
in 2030 is approximately ‘18 percent ‘higher ‘than
theAEO2007 referencecase projection. In inflatioi~
adjusted terms (2006 dollars) the,world crude oil price
reaches $70 per barrel in 2030 in the AE02008 refer
ence case, as compared with $61. per barrel in the
AE02007 reference case (Figure 30).

In AE02008, for’ both production ‘and consumption,
“liquid fuels” include ‘conventional and unconven
tional liquids. Unconventional liquids include oil
sands, biofuels, extra-heavy oils, gas-to-liquids
(GTIj, and CTL. World consumption of liquid fuels

increases from 8~ million barrels per day in 2006 to
113 million barrels per day in 2030 in the AE02008
reference case. The non-OECD countries, which ac
counted for 4. percent of world liquids consumption
in 2006, are expected to reach ~0 percent of the world
total in 2022 and 53 percent in 2030, as non-OECD
demand for liquid fuels increases from 36 million
barrels per day in 2006 to 60 million barrels per day in
2030. Over the same period, OECD consumption in
creases from 49 million barrels per day to 53 million
bafrels per day in the reference case (Figure 31)~

The OPEC share of world liquids production remains
at about 41 percent through 2030, while non-OPEC
conventional liquids ‘production increases from 48
millionbarrels per day in’2006 to 56 million barrels
per day in 2030. Unconventional liquids production in
both OPEC and non-OPEC countries grows rapidly,
but with more substantial increases in the non-OPEC
countries (to 11 million barrels per day in 2030, com
pared with 3 million barrels per day’ for the OPEC
countries in 2030).’

‘Any long-term projection Cf world oil prices, is highly
uncertain. Above-ground’ factors that contribute to
price uncertainty include access to oil resources, in
vestment constraints, economic and other objectives
of countries where the major reserves and resources
are l&~ated, cost and availability of substitutes, and
economic and policy developments that affect the
demand for oil. Below-ground factors include the vol
umes initially in ‘place in major petroleum basins
around the world (inCluding discovered and undiscov
ered fields) and the fluid and rock characteristics of
undiscovered fields. AE02008 includes high and low
price cases to illustrate the potential impacts of the
uncertainties.

Figure 31. ‘World lIquids consumption in the
Figure 30. World oil price in six cases, 2000-2030 , .~4..~O20o8 reference case, 2006-2030

dollars per barrel)
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The high price case assumes that non-OPEC conven
tional oil resources are less plentiful,~ and the overall
costs of extraction are higher, than assumed in the
reference case. The high price case also assumes that
OPEC will choose to allow a decline in its market
share to 38 percent of total world liquids production.
As a result, the oil price increases steadily to approxi
mately $112 per barrel in 2016 ($93 per barrel in 2006
dollars) and $186 per barrel in 2030 ($119 per barrel
in 2006 dollars). World liquids consumption rises
from 85 million barrels per day in 2006 to 98 million
barrels per day in 2030 in the high price case.

The low price case assumes that non-OPEC conven
tional oil resources are more plentiful, and the overall
costs of extraction are lower, than in the reference
case, and that OPEC will choose to increase its
market share to 45 percent. In the low price case, the
world oil price falls steadily, to approximately $47 per
barrel in 2017 ($39 per barrel in 2006 dollars), and
then rises gradually to $69 per barrel in 2030 ($42 per
barrel in 2006 dollars), World liquids consumption
rises to 132 million barrels per day in 2030 in the low
price case.

Energy Information Administration / Annual Energy Outlook 2008 51
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Market Trends

The piojections in A~O2OO8 aie not statements of maikets aie iandom and cannot be antiupated,
~ hat will happen but of ~ hat might happen, including sevei e v, eabhci, political disi uptions,
given the assãmptions and methodologies used stiikes, and technological bieakthiou~ghs In addi
The piojections aie business as usual tiend esti tion, Iutuie developments in technologies, demo
mates, given known technology and technological giaphics, and iesouices cannot be foiesoen with
and demogi aphic ti ends~ AE02008 assumes that cci tainty Man5 key uncei tainties in the AE02008
cm ient laws and i egulation~ aie maintained pi ojections ai e addi essed thi ough altei native cases
thioughout the piojections Thus, thc, piojections
pro~ide a policy~neutral iefeience casc that can be EIA has endeavoi~d to make those piojections as
used to analyLe policy initiatives EIA does nOt objective, ieliablc, and useful as possiblc, ho~sevei,
piopose, advocate, oi speculate on futuze legislatn ~ they should seive ~s an adjunct to, not a substitute
and icgulatoiy changes Unless othei~iso notcd, foi a complete 9nd Iocu~ed analysis of public policy
laws and i egulations ai e assumed to i emiun as tmti~
cui i ontly enacted Fui thei, futui e laws and i egula
toiy actions aie not anticipated The AEO pioduction piocess was some~hat ~iffeient this yeai Aftei EIA published an eai ly i elease

Because eneigy maikets aic eomplek, models aie veision of the 4E02008 iefeience cas~n Decemboi
simplified i epi esentations of enom gy p1 oduction and 2007, EISA2007 was enacted latem that month EIA
consumption, icgulations, and pioducem and ~mi decided to update the mefoience case to meflect the
sumem behauoi Piojections aie highly dependent piovisions of EISA2007 The AE02008 mefemence
on the data, methodologies, fli6del struëture~ and case, releasod: in -March 2008, also includes addi-~
assumptions uscd in then devdopinent Behavioz al tional i evisions that i eflect histoi ical data issued
ch~racteri~tics ~re indi~àtive. o~ real-world .tei~- after the AE02008 early-release reference-case was
dendiOs rather th~n repiesertt~tiomis of specific completed, as well as iiew data from ETA’s January
outcomes. -~ - 2008 Short-Term Energy Outlook (ST.~Q), a more- -~ -~ - cu~rent econOmic outlook, and technical Updates to

Energy market projections are ~ubject to thuch un- the vc~slon Of NEMS used to produce the early
certainty. Many of the events that shape energy release, —~
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Trends in Economic Activity

AE02008 Presents Three Views
of Economic Growth

Figure 32. Average annual growth rates of real
GDP, labor force, and productivity, 2006-2030

AJ1J02008 presents three vi~ws of economic growth
for the 2006-2030 projection period. Economic growth
depends mainly on growth in the labor force and pro
ductivity. In the reference case, the labor force grows
by an average of 0.7 percent per year; labor productiv
ity in the nonfarm büsihess sector grpws by 1.9 per
cent per year; and gràwth ih real GDP averages 2.4
percent per year (Figure 32). In line with the labor
and output trends~ nonfarm employment grows by 0:9
percent per year, while employment ii~ manu~’actur
ing shrinks by 1 percent per year. Investment growth
averages. 2.8 ,percent peryeár in the reference case;
disposable income available to households gi~ows by
2.8 percent per year; and disposable income per capita
increases by 1,9 percent per year.

The high and low economic growth cases show the
effects of alternative economic. growth assumptions
on the energy market projections (see Appendi± E for
descriptions of all the alternative cases). In the high
growth case, real GDP growth averages 3.0 percent
per year, as a result of higher assumed growth rates
for the labor force (0.9 perc.ent per year), nonfarm
employment (1.2 percent), and nönfarm labor produc
tivity (2.4 percent). With higher productivity gains
and employment growth, inflation and interest rates
are lower than in the reference case. In the low
growth case, growth in real GDP is 1.8 percent per
year, as a result of lower assumed growth rates for the
labor force (0~4 percent per year), nonfarm employ
ment (0.5 percent per year), and labor productivity
(1.5 percent per year). Consequciitly, the low growth
case shows higher inflation and interest rates and
slower growth in industrial output and employment
than are projected in the reference case,

Projected Gains in Labor Productivity
Are Higher Than Historical Averages

Commàn indicators for inflatiOn, interest rates and
employment are, respectively, the al1~urban consum
er price index, the interest rate (yield) on 10-year U.S.
Treasury notes, and the nonfarm unemployment
rate, which are widely viewed as barometers of
conditions in the markets for• goods and services,

• credit, and labor, respectively, Historically, from
1982:tO 2006; inflation has averaged .3.1 percent
per ~ear, tile. a~~erage yield on 10-year Treasury notes

• has been .‘7~2~ercent per year, and the unemployment
rate has avex~aged 6.1 percent. lii the AE02008 refer
ence case, as well as in the high and low economic
growth cases, projected gains in ñonfarm labor pro
ductivity—although lower than thOse seen during the
1990s—are generally higher than the historical aver-

• ages of the 1980s, leading to more optimistic projec
• tions for inflation, interest, and unemployment rates,

In AR02008, the projected average annual inflation
rate over the 2006-2030 period is 2.1 percent in the
reference case, 1.5 percent in the high economic
growth case, and 2,6 percent in the low growth case~
(Figure 33). Annual yields on the 10-year Treasury
noteare projected to average 5.2 percent in the refer
encecase, 4.8 percent in the high growthcase, and 5,7
percent in the low growth case. The projections for av
erage unemployment rates are 4.7 percent in the ref
erence case, 4.6 percent in the high growth case, and
4.9.percent in the low growth case. Relative to the ref
erence case, the higher inflation, interest, and unem
ployment rates in the low growth case and the lower

• rates in the high growth case depend on different as
sumptions abop.t labor productivity and population
growth rates,
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Trends in Economic Activity

Output Growth for Energy-Intensive
Industries Is Expected To Slow

Figure 34. Sectoral composition of industrial
output growth rates, 2006-2030 (‘percent per year)
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With imports meeting a growing share of demand for
industrial goods, the industrial sector has shown
slower output growth than the economy as a whole in
recent decades. That trend is expected to continue in
the AEO~008 projections. The average annual growth
rate fort iehl GDP from 2006 to 2030 is 2.4 percent
in the refeience case, whereas the industrial sector
averages ~1.’3 percent. With higher energy prices and
greater fdi~eign competition, the energy-intensive
manufacturing sectors [78] grow by only 0.7 percent
per year from 2006 through 2030, compared with
a 1.9-percent average annual rate of growth for the
remaining industrial sectors (Figure 34).

A33J02008 projects relatively slow growth in construc
tion, chemicals, and transportation equipment. High
interest rates affect the construction and transporta
tion equipment sectors. Increased foreign competi
tion, slow expansion of domestic production, and
higher energy prices exert competitive pressure on
the chemicals industry, with growth slowing sub
stantially after 2020.

In the high economic growth case, output from the
industrial sector grows by an annual average of
2.0 percent, still below the annual growth of real
GDP (3.0 percent). In the low economic growth case,
real GDP and industrial output grow by 1.8 and
0.6 percent per year, respectively. In both cases, the
non-energy-intensive manufacturing industries show
higher growth than the rest of the industrial sector.

Energy Expenditures Relative to GDP
Are Projected To Decline

Figure 35. Energy expenditures in the U.S. economy,
1090-2030 (billion 2006 dollars)
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Total U.S. energy expenditures were $1.1 trillion, in
2006. Energy expenditures rise to $1.3 trillion (2006
dollars) in 2030 in the AE02008 reference case and to
$1.5 trillion in the high economic growth case (Figure
35). For the economy as a whole, ratios of energy
expenditures to GDP in 2006 were 8.6 percent for all
energy, 5.1 percent for petroleum, and 1.4 percent for
natural gas. Recent developments in the world oil
market have pushed the energy expenditure shares
upward, and in the reference case they are expected to
increase from current levels until 2010. After 2010
expenditures fall, as the energy intensity of the U.S.
economy—measured in terms of energy consumption
(thousand Btu) per dollar of real GDP—continues to
decline and world oil prices stabilize. Total energy
expenditures are projected to equal 5.6 percent of
GDP in 2030, petroleum expenditures 3.1 percent,
and natural gas expenditures less than 1 percent
(Figure 36).

Figure 36. Energy expmditures as a share ofgross
domestic product, 1970-2030 (‘nominal expenditures
as percent ofnominal GDP)
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International Oil Markets

Oil Price Cases Show Uncertainty
in Prospects for World Oil Markets

Figure 37. World oilprices, 1980-2030
(2006 dollars per barrel)

World oil price projections in AE02008, in terms of
the average price of imported low-sulfur, light crude
oil to U.S. refiners, are ‘higher for 2006-2020 than
those presented in AP~02007. The higher. ~rice path
reflects lower estimates of oil consumers’~ sensitivity
to higher prices, an anticipation of lower additions to
production capacity in key non-OPEC regions, and a
reassessment of OPEC producers’ willingness and
ability to expand production and production capacity
aggressively. . ~.

The historical record shows substantial variation in
world Oil pi’ices, and ther~ is, arguably even more,
uncertainty about future. prices, when longer time
.per~ods ore examined. As in previous. outloQics,
AEO200~, considers three price cases tp, illustrate
the uncertainty of prospects. for future world oil
resources. In the reference case, world oil prices
moderate from current levels to about $57 per barrel
in 2016, start rising again as production in non-OPEC
regions peaks, and continue rising to $70 per barrel in
2030 (all prices in 2006 dollars). The’ low and. high
price cases reflect a wide band ‘of potential world oil
price, paths, ranging from $42 to $119 per barrel in
2030 (Figure 37), but’they do .not bound the set of all
possible future outcomes. The high and lOw oil price
cases are predicated on assumptions about access to
and costs of non-OPEC oil, OPEC supply decisions,
and the supply potential of unconventional liquids.
Combining those assumptions with different assump
tions about the demand for oil would produce a wider
range of oil price paths.

Unconventional Resources
Gain Market Share as Prices Rise

Figure 38. Uizco~ventional resources as a share of
the world liquids market, 1990-2030 c’percen&)
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The world’s total produc~jon. of liquid fuels from
unconventional resources •in 2006 was 2.8 million
barrels, per day, equal to,, about 3 percent of total
liquids production. Production from unconventional
sources included 1,2 million barrels per day from oil
sands in Canada, 60.0,000 barrels per day from very
heavy oils in Ve~iezuela, and 320,000 barrels of
ethanol per day in the United States. In the AE02008
reference case, unconventional production makes up
12 percent (14.million barrels per day) of total liquids
production in 2030 (Figure 38).

Depending on price assumptions, world unconven
tional production is projected to be 5.4 to 18,9 million
barrels per, day higher in:2030’than it was in 2006,
accounting ‘for . between 6., and 22 percent of .the
world’s total production of liquids.’ Production of
unconventional liquids depends heavily on prices,
being more competitive with conventional sources
when market prices. are high. Not all unconventional
liquids respond to price changes in the same manner,
however, because the sources of unconventional
liquids differ with regard to resource constraints,
political ‘backing, available technologies, and other
characteristics, , .

The composition of world unconventional liquids pro
duction does not vary significantly between the refer
ence and low price cases, with biofuels and oil sands
combined accounting for about 60 percent of uncon
ventional supply. In the high price case, the economic
viability of and need for unconventional liquids sup
ply increase, and 34 percent of total projected uncon
ventional liquids production in 2030 is accounted for
by CTL, one-half ofwhich ~‘ill be produced by China,
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Energy Demand

World Liquids Supply Is Projected
To Remain Diversified in All Cases

Figure 89. World liquids production shares
by region, 2006 and 2030 (percent)
100 —
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In 2006, OPEC producers in the Persian Gulf ac
counted for 28 percent of the world’s conventional
liquids supply, and other OPEC producers accounted
for 14 percent. Europe and Eurasia produced 22
percent’ &f~eonventional supply, North America 17
percent, hnd the rest of the world 19 percent (Figure
39).

In the reference case, OPEC conventional production
maintains approximately a 40-percent share of world
total liquids supply through 2030, which is consistent
with recent historical trends and reflects an expecta
tion that OPEC suppliers will vary their production
levels to influence world oil prices. In all the
AE02008 cases, OECD liquids production is between
23 and 24 million barrels per day in 2030, constrained
by resource availability rather than price or political
concerns.

In the high price case, several resource-rich countries,
including Saudi Arabia, Mexico, and Russia, limit
production, lowering both total world liquids supply
and their own shares of the supply. In the high price
case, the largest increases in liquids production occur
in the United States, China, Canada, Brazil, and
India, where substantial increases in unconventional
production are expected, underscoring the rising
importance of unconventional fuels to the world’s
supply of liquids. In the low price case, resource-rich
countries either maintain current production behav
ior or increase their openness to foreign capital in
vestment. As a result, the largest increases in world
liquids supply shares in the low price case occur in
Iraq and the Caspian Sea Basin.

Average Energy Use per Person
Levels Off Through 2030

Figure 40. Energy use per capita and per dollar of
gross domestic product, 1980-2030 (‘index, 1980 1)
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Because energy use for housing, services, and travel
in the United States is closely linked to population
levels, energy use per capita is relatively stable
(Figure 40). In addition, the economy is becoming
less dependent on energy in general.

Energy intensity (energy use per 2000 dollar of GDP)
declines by an average of 1.4 percent per year in the
low growth case, 1.7 percent in the reference case, and
1.9 percent in the high growth case. Efficiency gains
and faster growth in less energy-intensive industries
account for most of the projected decline, more than
offsetting growth in demand for energy services in
buildings, transportation, and electricity generation.
The decline is more rapid in the high economic
growth case, because with higher economic growth
the number of new, more efficient systems grows
faster, and the additional growth is concentrated in
less energy-intensive industries. As energy prices
moderate over the longer term, energy intensity de
clines at a slower rate in the reference, high growth,
and low growth cases.

The AE02008 cases developed to illustrate the uncer
tainties associated with those factors include low and
high growth cases, low and high price cases, and alter
native technology cases (see Appendixes B, C, D, and
E).
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Energy Demand

Total primary energy consumption, including energy
for electricity generation,. grows by 0.7 percent per
year from 2006 to 2030 in ther?ferencecase(Fi~ure

• 41). Fossil fuels account for 66 percent of the increase.
Coal use increases in the electric power sector, where

• electricity demand growth and current environmen
tal policies favor coal-fired capacity additions. About
54 percent of the projected increase in coal c6~sump-
tion occurs after 2020, when higher natural gas prices
make coal the fuel of choice for most new power
plants under current laws and regulations, which do
not limit greenhouse gas emiSsions, Increasing de
mand for natural gas in the huildings and industrial
sectors offsets the decline in natural gas use in the
electricity sector after 2016, resulting in a Vne•t V in.
crea~e of 5 percent from 2006 to2030. V V

The transpQrtation. sector accounted for V more than
two-thirds of all liquid fuel consumption in2006, and
60 percent of that. share went to LDVs, Demand for

• liquid transportation fuels increases by 17 percent
from 2006 to 2030, dominated by growing fuel use for
LDVs, trucking, and air travel. The industrial sector
accounted for 25 percent of total liquid fuel use in
2006, but its share declines to 21 percent in 2030. V V

AE02008 also projects rapid percentage growth in
renewable energy production, as a result of the
EISA2007 RFS and the various State maüdates for:
renewable electricity generation. Additions of new

V nuclear power plants. are also •projected, spurred by

improving economics relative to plants fired with
fossil fuels and by the EPACT2005 PTCs.

Figure 42, Delivered energy use by fuel, 1980-2080
(quadrillion Btu)

‘~ 0

Deliv@red energy use (excluding losses in electricity
generation) grows by 0~7 percent per year from 2006
tg 2030 in the reference case. The growth in electric
ity use is driven by growing demand in the residential
and commercial sectors. With the growing market
penetration of electric appliances, residential electric
ity use increases slightly faster than the total number
of households, and commercial electricity use out-
paces the growth in commercial floorspace. With dif
ferent assumptions about population and economic
growth, average annual growth in delivered energy
use from 2006 to 2030 ranges from 0.3 percent in the
low growth case to 1.0 percent in the high growth
case.

Growth in demand for liquid fuels is led by the trans
portation sector, as rising population, incomes, and
economic output boost demand for travel, partially
offsetting improvements in vehicle efficiency (Figure
42). Natural gas use grows more slowly than overall
delivered energy demand, reflecting its relatively
higher cost, particularly in the industrial sector.

Industrial biomass accounts for the largest share of
end-use consumption of renewable energy. Currently
it is used mostly as a byproduct fuel in the pulp and
paper industry, but that use will be surpassed by
consumption of biomass heat and co-products from
ethanol manufacture when the biofuel mandate
under ELSA2007 reaches 36 billion gallons in 2022.
Consumption of nonmarketed solar, geothermal, and
wind energy also increases dramatically in the projec
tions; however, it continues to account for less than
1 percent of all delivered energy use in the residential
and commercial sectors.

Coal and Liquid Fuels Lead Increases
in Primary Energy Use • :

Figure 41. Primary energy use by fuel, 2006-2030 V

fruadrillion Blu) • V V V

Electricity and Liquid Fuels Lead Rise
in Delivered Energy Consumption
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Residential Sector Energy Demand

U.S. Primary Energy Use Climbs
to 118 Quadrillion Btu in 2030

Figure 43. Primary energy consumption by sector,
1980-2030 (quadrillion Btu)
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The most significant impact of EISA2007 is in the
transportation sector, where the CAFE standard for
LDVs is raised to 35 mpg in 2020. Still, from 2006
to 2030 the’ transportation sector sees the second-
largest inci~ease in energy consumption, at 5 quadril
lion Btu (F,lgure 43), as a result of increases in vehicle
miles travaled, jet fuel consumption, and demand for
fuels such’as ElO, E85, and diesel to displace motor
gasoline,

EISA2007~has• little effect on the commercial sector,
where energy demand continues to expand more
rapidly than the economy as a whole. Dependence on
natural gas and electricity, already heavy in the resi
dential and commercial sectors, increases over time.
Demand for electricity grows faster than demand for
natural gas in both sectors, however, because electric
ity is used for a wider diversity of applications (includ
ing the fastest growing end uses, office equipment,
personal computers, and televisions), whereas natu
ral gas is used mainly for space heating, cooking, and
water heating, which grow more slowly than house
holds and floorspace.

The variation in residential and commercial energy
demand between the high and low price cases is rela
tively small, and natural gas consumption accounts
for most of the difference. In the industrial sector,
fuel use in 2030 is higher in the high price case than in
the reference case, reflecting differences in CTL,
ethanol, and biodiesel production. Different growth
rates for manufacturing output in the low and high
macroeconomic growth cases account for most of the
difference in industrial energy consumption between
the two cases.

Residential Energy Use per Capita
Varies With Technology Assumptions

Figure 44. Residential delivered energy
consumption per capita, 1990-2030
(index, 1990 = 1)
fl- Pi~oflons
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Residential energy use per person has remained fairly
constant since 1990 (taking into account year-to-year
fluctuations in weather), with increases in energy
efficiency offset by consumer preference for larger
homes and by new residential uses for energy. Over
the past 10 years, the weather has generally been
warmer than the 30-year average, causing energy use
per person to remain mostly below its 1990 level.
Given the preponderance of warmer winters and
summers, the AE02008 projections define normal
weather as the average of the most recent 10 years of
historical data, which decreases the need for heating
fuels, such as natural gas and fuel oil, and increases
the need for electricity used for air conditioning, all
else being equal [79].

In the AR02008 projections, residential energy use
per capita changes with assumptions about the rate at
which more efficient technologies are adopted. The
2008 technology case assumes no increase in the effi
ciency of equipment or building shells beyond those
available in 2008. The high technology case assumes
lower costs, higher efficiencies, and earlier availabil
ity of some advanced equipment. In the reference
case, residential energy use per capita is projected to
fall below the 2006 level after 2024. The 2008 technol
ogy case approximates an upper bound on residential
energy use per capita in the future: delivered energy
use per capita in the residential sector remains above
the 2006 level through 2030, when it is 7 percent
higher than projected in the reference case (Figure
44). The high technology case provides a lower bound,
falling below the 2006 level after 2016 and reaching a
2030 level that is 5 percent below the reference case
projection.
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Residential Sector Energy Demand

Household Uses for Electricity
Continue To Expand•

In 2006, households consumed more electricity than
natural gas for the first time, as warmer winter tem
peratures reduced the need for natural gas heating.
Overthe past decade, residential diectricity use has
grown steadily, as a result óf:theincrease inair coiidi
tioith~g use and the introduction of new applications.
That trend is• expected ~to continue~ in AE02008
(Figure 45). In 2030, electricityuse for home cooling
is 38 percent higher than the 200~ level in the rei’er
ence case, as the U.S. population continu~s tomigrate
to the South and West, and older homes convert from
room air conditioning to central air conditioning. A
projected 25-percent increase in the number ofhouse
holds also increases the demand for appliances, and
total electricity use in the residential sector increases
by27 percent from 2006 to 2030 in the reference case.

Natural gas and liquid fuels are used in the residen
tial sector primarily for space and water heating. Few
new uses have emerged over the past decade, and few•
are expected in the future. Thus, nati~raJ, gas and
liquids consumption per household decreases as the
energy efficiency of furnaces and building compo
nents continues to. improve;

The 2008 technology and high technology cases pro
vide high and low rangesfor the projections. In the
high technology case, for example, high-efficiency air
conditioners and condensiflg gas furnaces become
more prevalent. Recent developments in solid-state
lighting technologies, such as light-emitting diodes
(LEDs), are reflected in the reference case as a reduc
tion of up to 85 percent in the amount of electricity
needed to provide a given amount of useful light.

Increases in Energy Efficiency
Are ProjectedTo Continue

The energy efficiency of new household appliances
plays a key role in determining the types and amounts
of energy used in residential buildings~ As a result of
stock•turnover andpurchases of more efficient equip
ment, energy .use.by residential consumers, both per
household and.per capita,.has fallen over time. In the
2008 technology case, which assumes. no efficiency
improvement of available appliances beyond 20081ev-
els, normal stock turnover results in higher average
ehergy efficiency for most end uses in 2030, as older
appliances are replaced with more efficient models
from the existing stock’ of appliances (Figure 46).

The largest gains in residential energy efficiency are
projected in the best available technology case, which
assumes that consumers purchase the most efficient
products available at normal replacement intervals
regardless of cost, and that new buildings are built to
the most energy-efficient specifications available,
starting in 2009, In this case, residential delivered
energy consumption in 2030 is 27 percent less than in
the 2008 technology case and 22 percent less than in
the reference case. Purchases of new energy-efficient
products, especially compact fluorescent. and solid-
state lighting and condensing gas furnaces, reduce
energy use,without lowering service levels.

Several current Federal programs, including Zero
Energy Homes and ENERGY STAR Homes, promote
the use of efficient appliances and building envelope
components, such as windows, and insulation, In
the best, available technology case, use of the most
efficient building envelope components available can
reduce heating requirements in an average new home
by more than 60 percent.
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Figure 45. Residential delivered energy. Figure 46. Efficiency gains for selected residential
consumption by fuel, 2006,2015, and 2030 appliances, 2030 (percent change from
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Commercial Sector Energy Demand

Residential Electricity Use for
Lighting Is Expected To Decline

Figure 47. Eh’ctrieity consumption for residential
lighting. 200~-20:?0 ~billion kiluwatlhour~ pcr ycar)
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Residential electricity use for lighting accounted for
about 16 percent of the sector’s total electricity con
sumption in 2006, making it the second largest use for
electricity in households. In the AE02008 reference
case, electrielty use for lighting declines as a result of
the lighting~’éfficiency standards in EISA2007, which
require gen~ral-service incandescent light bulbs to
reduce wattage by about 28 percent by 2014, increas
ingto 65 percent in 2020. DOE is required to examine
the potential for tighter standards after 2020, but the
details are ‘uncertain and are not included in the
AE02008 reference case.

Figure 47 summarizes residential lighting use in the
AJ3J02008 reference case and a case without EISA-
2007, Given the relatively rapid turnover in incandes
cent lighting, EISA2007 achieves electricity savings
immediately, reducing lighting demand by 27 percent
(59 billion kilowatthours) in 2015, With continued
tightening of the standard through 2020, demand
for lighting is reduced by 85 billion kilowatthours
in 2030, as efficient lighting options, mainly LEDs,
gain market share.

In 2007, roughly 200 million compact fluorescent
light (CFL) bulbs were sold in the United States,
accounting for about 10 percent of total sales. Even
without the new standards, CFL sales in the residen
tial market were expected to continue growing in the
coming years. LED lamps, which are just now being
introduced in the general-service residential lighting
market, reach nearly 20 percent of sales in 2020 with
out the EISA2007 standards, With the EISA2007
standards, the market share for LED bulbs in 2020
doubles.

Rise in Commercial Energy Use
per Capita Is Projected To Continue

Figure 48. Commercial delivered energy
consumption per capita, 1080-2030 (index, 1980 = 1)
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Assumptions about the availability and adoption of
energy-efficient technologies define the range for
delivered commercial energy use per person in the
AE02008 projections. Commercial energy consump
tion per capita increases by a total of 12 percent from
2006 to 2030 in the reference case, primarily as a
result of rising electricity use as the Nation continues
to move to a service economy. The size of the pro
jected increase varies from a low of 7 percent in the
high technology case to a high of 17 percent in the
2008 technology case (Figure 48).

In terms of floorspace, growth in the commercial sec
tor averages 1.2 percent per year from 2006 to 2030,
driven by .trends in economic and population growth.
The reference case assumes future improvements in
efficiency for commercial equipment and building
shells, as well as increased demand for services, Con
sequently, commercial energy use increases at about
the same rate as floorspace in the reference case, and
commercial energy intensity (delivered energy con
sumption per square foot of floorspace) shows little
change, increasing by less than 2 percent. The 2008
technology case assumes no increase in the energy
efficiency of commercial equipment and building
shells beyond those available in 2008, The result is a
4-percent increase in commercial delivered energy
use in 2030 relative to the reference case. In the high
technology case, assuming earlier availability, lower
costs, and higher efficiencies for more advanced
equipment and building shells, delivered energy con
sumption in 2030 is 4 percent below the reference
case projection.
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Commercial Sector Energy Demand

Electricity Leads Expected Growth
in Commercial Energy Use

In the AEO2O08~ ‘projeCtions, growth in~ disposable
income ‘leads to increased demand for services from
hotèls,restaurarits, stores, theaters, galleries, arenas,
and. other commercial establishments, which. in turn.
are increasingly dependent. on -computers. and àther
electronic office equipment both for basic services and
for business services and customer transactions. In
addition, the growing share of the population over age
65 increases: -demand for health .care. and assisted-
living facilities and for electricity, to power medical
and monitOring equipment at those facilities. The ref
erence case projects increases in commercial electric-.
ity use averagiflg 1.7 percent per year from 2006 to
2030 (Figure 49). The high technolo~y-and 2008 ~ech

- nology cases~ provide low and high ranges for the
average annual growth rate of commercial electricity
consumption from 2006 to 2030, at 1.4 percent and
2.0 percent, respectively. .

Use of natural -gas and liquids for .heating shows
limited growth, as commercial activity reflects the
U.S. population shift to the South and West and the
efficiency of-building and equlpmertt stocks improves.
Commercial natural gas use grows by 1.1 percent per
year on average from 2006 to 2.030 in the reference
case, including more use of CHP in the later years.
While there is little change in liquid fuel consump
tion, the projections for natural gas u~e in 2030 range
from 3,8- quadrillion Btu lfl the reference case to 4.0
quadrillion Btu in the high growth case and 3.5 in the-
low growth case. The high and low oil price cases
show the widest range for liquid fuels use, varying
from 7 percent below to 12 percent above the refer
ence case projection of0,7 quadrillion Btu in 2030.

Technology Provides Potential Energy
Savings in the Commercial Sector

The most rapid iiicrease in overall energy efficiency
for the commercial sectOr occurs in the best available
technology case, which assumes that only the most
efficient technologiep are ~hosen, regardless of cost,
and that-new building shells in 2030 are 19 percent
more efficient than the commercial buildings stock in
2006,. With the adoption of improved heat exchangers
for space heating and cooling equipment, solid-state
lighting, and more efficient compressors for commer
cial refrigeration, commercial delivered energy con
sumption. in 2030 in the best technology .case is 12
percent less .than in the reference case and 16 percent
less than in the 2008 technology case.

In the. 2008 .technology case, which assumes equip
ment .and building shell efficiencies limited to those
available in 2008, energy efficiency in the commercial
sector still improves from 2006 .to 2030 (Figure 50),
because the-technologies, available in 2008 can pro-

- vide savings relative to equipment currently in place.
When businesses consider equipment purchases.,
however, the additiongi capital investment needed to
buy the most efficient technologies often carries more

- weight- than do future energy savings.
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- Figure 49. Commercial delivered energy .- Figure 50. Efficiency gains for selected commercial
cxn~szzrnpHon by -fuel, 2008,, -2015, and 2030 - equipment, 2030 (~percent c1u~nge from
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- The stock effiOiency of energy-using equipment in the

commercial sector increases in the AE02008 refer
ence case. Adoption of niore energy-efficient equip
ment -moderates the growth in demand, in part
because of existing building codes for new construc
tion and--minimum efficiency -standards,: including
those ‘in EPACT2005 ‘and E15A2007; however, the
long — service lives Of many kinds of energy-using
equipment limit the pace ofefficiency improvements.
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Industrial Sector Energy Demand

Economic Growth Cases Show Range
for Projected Industrial Energy Use

Figure 51. Industrial delivered energy consumption,
1980-2080 (‘quadrillion Btu)
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In the AE02008 reference case, industrial value of
shipments grows at an annual rate of 1.3 percent
from 2006 to 2030. Industrial delivered energy con
sumption increases by just 0.4 percent per year, from
25.1 quadrillib’n Btu in 2006 to 27.7 quadrillion Btu in
2030, as inârdásed efficiency and changes in the com
position of output partially offset growth. In the low
economic gE~o*th case, industrial value of shipments
grows by 05 percent per year, and delivered energy
consumption falls to 24.2 quadrillion Btu in 2030. In
the high gro*th case, industrial value of shipments
grows by 2.0 percent per year, and energy consump
tion rises to 31.7 quadrillion Btu in 2030, 14 percent
higher than in the reference case (Figure 51). The
variation in industrial output growth among the
three cases is well within the typical range over the
past 16 years, when output grew by 1.7 percent per
year on average from 1990 to 2007, and annual
growth rates ranged from 5.7 percent to a decline of
4,7 percent.

The construction and chemical industries were par
ticularly affected by the recent economic slowdown,
and their future growth is expected to be modest
(averaging 0.5 percent per year for the construction
industry from 2006 to 2030 in the reference case). As
a result, energy consumption in the construction
sector declines from 2.4 quadrillion Btu in 2006 to 2.2
quadrillion Btu in 2030, with about 70 percent of the
decrease attributed to reduced use of asphalt. The
bulk chemical industry shows little growth from 2006
to 2030, and its fuel consumption for energy and feed-
stock totals only 5.6 quadrillion Btu in 2030, as com
pared with an estimated 6,8 quadrillion Btu in 2006.

Industrial Fuel Choices Vary
Over Time

Figure 52. Industrial energy consumption by fuel,
2000, 2006, and 2030 (‘quadrillion Eta)
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Industries adjust their fuel and product mixes over
time to respond to changing markets, as indicated by
the falling share of industrial coal use for process
steam and the rapid increase in coal use for produc
tion of liquid fuels in the AE02008 reference case
(Figure 52). Traditional coal use falls slightly as the
use of metallurgical coal in steelmaking declines,
reflecting the difficulty of building additional coke
ovens in the United States. Industrial demand for
steam coal as a boiler fuel also declines, as industrial
processes become more efficient and use less steam,
and as the growth of energy- and steam-intensive
industries slows. As a result, consumption of steam
coal in the industrial sector declines by 0.3 percent
per year in the reference case projection.

Natural gas consumption, excluding lease and plant
use, increases from 6.7 quadrillion Btu in 2006 to 7.1
quadrillion Btu in 2030—only slightly less than in
1990 (7.2 quadrillion Btu). Consumption of liquid
fuels falls slightly, from 9.9 quadrillion Btu in 2006 to
9.3 quadrillion Btu in 2030, but remains the largest
category of industrial energy consumption. About
three-quarters of industrial liquids consumption is
for nonfuel uses or as a byproduct in the refining
industry. Industrial consumption of purchased elec
tricity grows by just 0.1 percent per year. The only
industrial fuels for which significant increases are
projected are coal used in CTL plants and biofuel for
ethanol production. From no commercial production
in 2006, coal use for CTL grows to 0.6 quadrillion Btu
in 2030 in the reference case, and biofuel use for
ethanol production increases eightfold, to 2.3 quadril
lion Btu in 2030.
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Industrial Sector Energy Demand

Energy-Intensive Industries Grow
Less Rapidly Than Industrial Average

Figure 53. Average growth in vah~e ofshipments
for the manufacturing subsectors, 2006-2030
(perèent per year)
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In the ‘AE02008 reference case, average annual
growth in value of shipments for the manufacturing
sectors ranges from a decline of 0.1 percent per year
(bulk chemicals) to an increase of 4.3 percent per year
(computers). The pattern is similar in the economic
growth cases (Figure 53).

For the bulk chemical industry, value of shipments
grows slowly for several years and then falls slightly
over the last decade of the projection, as export de
mand falls and other countries increase production.
The annual rate of growth in the energy-intensive
manufacturing group (0.7 percent) is lower than in
the non-energy-intensive group (L9 percent). Glass is
the only energy-intensive subsector with a growth
rate above 2 percent per. year in the reference case.
The growth rate for the industrial sector as a whole in.
the final 10 years of the projection is slightly làwer
than In the ,earlier years (1.2 percent compared with
1.4 percent)~~~Growth rates for the individual
subsectors vary considerably, with about one-quarter
of theta growing more rapidly in the final decade.

The projected growth rates for value of shipments
in the industrial subsectors in• the high and low.
economic growth cases, generally, are symmetrical
around the reference case; Industries with the most
rapid projected growth in the reference case also have
relatively more rapid growth in. the high and low
economic growth cases. The range across economic
growth cases, and ‘subsectors is substantial, from a
decline of. 1.1 percent per year for bulk chemicals in
the low economic growth case~to an increase of 5.3
percent per year for computer manufacturing in the
high economic growth’case.
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Energy Consumption Growth Varies
Widely Across Industry Sectors

FIgure 54. Average growth ofdelivered energy
con8umption In the manufacturing subsectors,
2006-20,90 (percent per year)
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The range of projections for industrial energy con
sumption in AE02008 largely reflects uncertainty
about the rate of economic growth. Average annual
growth in total delivered energy consumption in the
industrial sector from 2006 to 2030 ranges from a
declineof0.1 percent in the low economic growth case
to an increase of 1.0 percent in the, high economic
growth case. In 2030, consumption is 3.5 quadrillion
Btu lower in the low economic growth case and 4.0
quadrillion •Btu higher in the high economic growth
case when compared with the reference case. Thus,
across the cases, the range for industrial energy
consumption in 2030 is 7.5 quadrillion Btu.

In the reference case, energy consumption growth
varies substantially,, among industry subsectors
(Figure 54). Delivered energy consumptiOn falls over
the projection, period for one-half of ,the energy-
intensive ‘industries (bulk chemicals, cement, iron
and steel, and aluminum) as a ‘result of relatively slow
output growth rates, combined with expected
changes in production technology over the projection
period. ‘The declines are reinforced by modest in.
creases ~n energy.prices after 2020. In general, the
subsectors with the highest growth rates in energy
consumption are those with the highest growth rates
in value of shipments (computers and glass). The pe
troleum refining sector is an exception. As refineries
shift to’ alternative feedstocks for ‘liquids production
(biofuels,. coal, heavier crude oil), more energy is re
quired per unit of output than is used for traditional
petroleum-based refining. Energy . consumption at
refineries increases from 3.9 quadrillion Btu in 2006
to 7,3 quadrillion Btu in 2030—more than the total
growth in industrial sector energy consumption.
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Transportation Sector Energy Demand

Energy Intensity in the Industrial
Sector Continues To Decline

Figure 55. IndustriaL delivered energy iniensity,
1990-2030 (thousand Btu per 2000 dollar
value of shipments,)
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From 1990 to 2006, energy consumption in the indus
trial sector increased by oniy 0.5 quadrillion Btu
(3 percent), while the value of shipments increased
by 33 percent~ Thus, industrial delivered energy use
per dollar of~industrial value of shipments declined
by an avera~~ of 1.6 percent per year from 1990 to
2006 (Figure’55). Factors contributing to the drop in
energy intensity include continued restructuring
that reduced the industrial sector share of the most
energy-intensive industries; higher petroleum and
natural gas~irices since 1998, which stimulated
greater improvements in energy efficiency; and hurri
cane-related shutdowns in 2005,

The energy-intensive industries’ share of industrial
output fell from 23 percent in 1990 to 21 percent in
2006; and in 2030 their share is projected to be 18
percent. Consequently, even if no specific industry
showed a reduction in energy intensity, the aggregate
energy intensity of the industrial sector would
decline. The shift in output share to less energy-
intensive industries accounts for 84 percent of the
projected change in industrial energy intensity in the
reference case [801.

The technology cases represent alternative views of
the evolution and adoption of energy-saving technolo
gies in the industrial sector. In the high technology
case, industrial energy intensity falls by 1.1 percent
per year, compared with 0.9 percent per year in the
reference case. In the 2008 technology case, energy
intensity improves by only 0.5 percent per year.
Across the technology cases, industrial energy con
sumption in 2030 varies over a range from 26,5 to
30.3 quadrillion Btu.

Growth in Transportation Energy Use
Is Expected To Slow

Figure 56. Delivered energy consumption for
transportation, 1980-2030 (‘quadrillion Btu,)
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Delivered energy consumption in the transportation
sector grows at an average annual rate of 0,7 percent
in the AE02008 reference case, from 28.2 quadrillion
Btu in 2006 to 33.0 quadrillion Btu in 2030 (Figure
56). That rate is less than the historical rate of 1.4
percent per year from 1980 to 2006, because the new
EISA2007 fuel economy standards, slower economic
growth, and higher fuel prices lead to efficiency im
provements and slower growth in travel demand.

Transportation energy consumption is influenced by
a variety of factors, including economic growth, popu
lation growth, fuel prices, and vehicle fuel efficiency.
AE02008 includes cases that examine the impacts of
those factors on delivered energy consumption. In
2030, transportation sector energy consumption is
about 8 percent higher in the high economic growth
case and 8 percent lower in the low economic growth
case than in the reference case, and it is about 5 per
cent lower in the high price case and 5 percent higher
in the low price case than in the reference case.

By mode, the largest share of total transportation
energy consumption is for travel by LDVs (cars,
pickup trucks, sport utility vehicles, and vans). The
modes with the largest increases in energy demand
are heavy trucks (medium and large—classes 3
through 8—freight trucks and buses) and aircraft.
Heavy vehicles, which accounted for 18 percent of the
sector’s total energy use in 2006, account for 20 per
cent in 2030 in the reference case. With expected
strong growth in demand for air travel and more
investment in infrastructure, air travel also accounts
for a growing portion of total energy consumption (13
percent in 2030, up from 9 percent in 2006).
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Transportation Sector Energy Demand

EISA2007 Improves Fuel Economy
of Light-Duty Vehicles

Light trucks have made up a steadily growing shareof
U.S~ LDV sales in recent years, accounting for more
than 50 percent of all new LDVs in 2006, compared
with 21 percent in. 1980 [~11. Consequently, despite
fuel economy improvements, the average fuel econ
omy of new .LDW declined from a 1987 peäkof.26.2
mpg to a low of.25.4 mpg in~20O5 and remained at
roughly that leval in 200.6 (Figure .57).

EISA2007, enacted in December 2007; sets a new
CAFE standard of 35 mpg.forLDVs in 2020. Without
E15A2007 (in the early release case), some advanced
vehicle technologie.s are ~dapted, and the aver~ge fuel
economy for new LDVs increases .to30 .0 mpg.in 2.030.
In the AE02008 reference case, with the EISA2007
provisions included, the fuel economy of new LDVs
increases.to 36.6 mpg in 2030.

The economics of. fuel-saving technologies improve
further in the high technology and high price cases,
and consumers buy more fuel-eff&cient cars and
trucks. In both cases, however, average fuel economy
improves only modestly from the reference case levol,
because meeting the CAFE standards in EISA2007
already requires significant penetration of advanced
technologies, pushing.fuel economy improvements to
the limit of current economic feasibility. In the low
price case there is little or no economic incentive for
consumers to purchase more fuel-efficient vehicles,
and. LDV fuel economy~in 2030 is slightly lower than
in the reference case. . .

Unconventional Vehicle Technologies
Exceed 25 Percent of Sales in 2030

Figure 58. Stiles ofzincmventional light-duty
vehicles by fuel type, 2006 and.2030
(thousan~l vehicles sold)

Concerns abQut oil supply, fuel prices, and emissions
have, driven the development and market penetration
of unconventional vehicles (which can use alternative
fuels, electric motors and advanced electricity, stor
age, advanced engine controls, or other new technolo
gies). Unconventional technologies are expected to
play an even greater role in meeting the. LDV CAFE
standards in EISA2007.. In the reference case (with
EISA2007), unconventional vehicle sales total 7.7
million units. (42 percent of new. LDV sales) in 2030,
Without EISA2007, only 4.7 million units are sold in
2030,. making up 25 percent of total new LDV sales
(Figure 58). .

Sales of hybrid vehicles grow. to 2.7 million units in
2030 in the reference case, comparedwith 1.6 million
units without EISA2007. Light-duty diesel engines
with advanced. direct injection, . which can signifi
cantly reduce exhaust emissions and improve effi
ciency, capture 13 percent ofthe market for new
LDVs in 2030. The availability of. ultra-low-sulfur
diesel (ULSU) and biodiesel fuels, along with ad
vances in emission control technologies that reduce
criteria pollutants, increase the sales of unconven
tional diesel vehicles.

Currently, manufacturers have an incentive to. sell
flex-fuel vehicles (FE’Vs), because they receive fuel
economy credits that count toward CAFE compliance.
Although the credits are phased out by 2020 under
EISA2007, FFV sales increase from 454,600 units in
2006 to 2.7. million units in 2030 in the reference case
as aresult of the growing use of E8.5 that is needed to
satisfy the EISA2007 RFS.

66 Energy Information Administration / Annual Energy Outlopk 2008

Figure 67. Aveñzge fuel economy ofnew light-duty
- ~, 1980-2030 (miles pert ~)
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Electricity Demand

EISA2007 Reduces Light-Duty Vehicle
Fuel Use by 3 Quadrillion Btu in 2030

Figure 59. Energy use for light-duty vehicles by fuel
type, 2006 and 2030 (quadrillion Btu)
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In the reference case, EISA2007 reduces energy con
sumption for LDVs by more than 3 quadrillion Btu
in 2030, from 20,6 quadrillion Btu without EISA2007
to 17.5 quadrillion Btu with the bill (Figure 59).
Although totdtvehicle sales are approximately the
same in 2030~with and without EISA2007, higher
CAFE standa±ds lead to the savings in energy
consumption.

With EISA2007, LDV motor gasoline consumption
drops by 4.9lquadrillion Btu in 2030, from 19.7
quadrillion Btu to 14.8 quadrillion Btu. Much of the
decline results from switching to unconventional
technologies. Diesel fuel consumption in 2030, includ
ing biodiesel and BTL diesel, is 1.3 quadrillion Btu,
0.4 quadrillion Btu higher than without EISA2007;
and E85 consumption is 1.3 quadrillion Btu in 2030,
up from almost zero without E1SA2007. The amount
of ethanol used in blending is about the same in both
cases because of EPA restrictions on ethanol fuel
blending.

As a result of EISA2007, the motor gasoline share of
fuel use for new LDVs in 2030 declines, and the
shares of diesel and ethanol increase. In the reference
case, motor gasoline accounts for 84.7 percent of the
total, down from 95,4 percent without EISA2007.
The diesel fuel share increases to 7.5 percent of total
consumption, and the ethanol share increases to 7.7
percent [82].

Residential and Commercial Sectors
Dominate Electricity Demand Growth

Figure 60. Annual electricity sales by sector,
1980-2030 (billion kilowatthours)
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Total electricity sales increase by 29 percent in the
AE02008 reference case, from 3,659 billion kilowatt-
hours in 2006 to 4,705 billion in 2030, at an average
rate of 1.1 percent per year. The relatively slow
growth follows the historical trend, with the growth
rate slowing in each succeeding decade, Electricity
sales, which are strongly affected by economic
growth, increase by 39 percent in the high growth
case, to 5,089 billion kilowatthours in 2030, but
by only 18 percent in the low growth case, to 4,319
billion kilowatthours in 2030. In the reference case,
the largest increase is in the commercial sector,
at 49 percent from 2006 to 2030 (Figure 60), as
service industries continue to drive growth. Electric
ity demand grows by 27 percent in the residential
sector and by only 3 percent in the industrial sector.
Growth in population and disposable income leads to
increased demand for products, services, and floor
space. Population shifts to warmer regions also
increase the need for cooling.

Efficiency gains offset growth in electricity demand,
as higher energy prices encourage investment in
energy-efficient equipment. In both the residential
and commercial sectors, continuing efficiency gains
in electric heat pumps, air conditioners, refrigerators,
lighting (notably LED lighting), cooking appliances,
and computer screens slow the growth of electricity
demand. The new standards set in EISA2007 for
lighting and other appliances (such as boilers,
dehumidifiers, dishwashers, and clothes washers)
further dampen electricity demand throughout the
projection. Slow growth in industrial production, par
ticularly in the energy-intensive industries, limits
electricity demand growth in the industrial sector.
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Electricity Supply

Coal-Fired Power Plants Provide
Largest Share of Electricity Supply

Coal-fired power plants (including utilities, independ
ent power producers,. and end-use CHP) continue to
be: the dominant source of electricity generation
through 2030 (Figure 61). Although natural-gas-fired
plants with lower capital costs make uprnostof the
capacity additions over• the next. 10 years, more
coal-fired plants are.built in the later years as natural
~as fuel costs increase. The, natural gas share of
generation falls from 20 percent in 2006 to 14 percent
in 2030, while the coal share• increases from 49 per
cent to 54 percent.

Federal tax incentives, Staterenewable energy, pro
grams, and rising fossil fuel prices lead to increases in
renewable and nuclear capacity and generation, as
new plants are built, The generatiOn share . from
renewable capacity inpreases by32 percent from 20.06
to 2030 and represents 13 percent of total electricity
supply in 2030, With, capacity additions and improve
ments in performance at existing nuclear facilities,
nuclear, generation also increases;~ however, the
nuclear share of total generation falls slightly, from
19 percent in 2006 to 18 percent in 2030,

Technology choices for new plants and.utilization. of
existing capacity are affected by relative fuel costs
and changes in environmental policies. For example,
natural-gas-fired plants ar~ projected to supply 21
percent of total electricity supply in 2030 in the low
price case but only 10 percent in the high price .case,
but coal-fired plant~s supply 49 percent of the total in
the low price case and 57 percent in th~ high price
case. Changes in environmental policies could also
have a significant effect on the fuel shares ‘of total
generation.

Early Capacity Additions Use Natural
Gas, Coal Plants Are Added Later

Decisions to add capacity and the choice of fuel type
depend on. electricity demand growth, the need to.
replace inefficient plants, the . costs and operating
efficiencies of different options, fuel prices, and the
availability of Federal tax credits for some technolo
gies. With grOwing electricity demand and the retire
ment of 45 gigawatts of capacity, 263 gigawatts of new
generating capacity (including end-use CHP) will be
needed by 2030.

Natural-gas~fired plants generally have’ lower capac
ity costs but higher fuel costs than coal-fired plants.
As a result, coal-fired’ plants typically are more
economical, and they account for 40 percent of total
capacity additions from 2006.to 2030, compared with
a 36-percent share for natural gas (Figure 62).
Renewable and nuclear plants tend .‘to have high
investment costs and, relatively low operating costs.
EPACT2005 and State RPS programs are expected to
stimulate generation from renewable, and nuclear
plants, which represent 18 percent and 6 percent of
total additions, respectively.

The quantity and mix çf capacity additions can also be
affected by different fuel price paths or growth rates
for electricity demand. Because fuel costs are .a larger
share of total expenditures for new natural-gas-fired
capacity, the higher fuel costs in the high price case
lead to more, coal-fired additions. In the economic
growth cases, capacity additions range from 182 giga
watts in the low growth case to 349 gigawatts in the
high growth case, although the generation shares for
different technologies are similar in the two cases.

68 Energy Information Administration I Annual Energy Outlook 2008

Figure 61. Electricity generation by fitel,
2006 and 2030(billion k~iowatthours).

Figure 62. Electricity generation. capacity additions
- - - , including combined heat and power,
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Electricity Supply

Least Expensive Technology Options
Are Likely Choices for New Capacity

Figure 68. Levelized electricity costs for new plants,
2016 and 2030 (2006 mills per kilowatthour~
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Technology choices for new generating capacity
are made to minimize cost while meeting local and
Federal emissions constraints~ The choice of tech
nology for capacity additions is based on the
least expensive option available (Figure 63) {83]~
The AEO20O~ reference case assumes a capital recov
ery period of 20 years, with the cost of capital based
on competitive market rates.

Real capital costs decline over time (Table 6) at rates
that depend on the current stage of development for
each technology. For the newest technologies, capital
costs are initially adjusted upward to reflect the opti
mism inherent in early estimates of project costs.
As project developers gain experience, the costs are
assumed to decline. The decline continues at a pro
gressively slower rate as more units are built. The
efficiency of new plants is also assumed to improve
through 2025, with heat rates for advanced combined
cycle and coal gasification units declining from 6,752
and 8,765 Btu per kilowatthour in 2006 to 6,333 and
7,450 Btu per kilowatthour, respectively, in 2025.

Table 6. Costs ofproducing electricity
from new plants, 2015 and 2030

S •. 2030 ~

-. Advanced - . Advanced
- - . Advanced conthizaed. Adva~eëcl combined

Costs coal cyale - -coal- : cycle

2006 mills per hUowatthbur
Oamtal 3583 13,44 32.91 -12.50--
Fixed 5.06 1.49 5.05 1.49
Variable 1793 - 43.87 17.94 47,41
Incremental . -

transmission 3.50 3.~2 3.54 3.64
Total 02,31 62.4k 69,44 . 64.t?4

Largest Capacity Additions Expected
in the Southeast and the West

Figure 64. Electricity generation capacity
additions, including combined heat and power,
by region and /hel, 2007-2030 (gigawatts)
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Most areas of the United States currently have excess
generation capacity, but all electricity demand re
gions (see Appendix F for definitions) are expected to
need additional, currently unplanned, capacity by
2030. The largest amount of new capacity is expected
in the Southeast (FL and SERC), which represents a
relatively large and growing share of total U.S.
electricity sales and thus requires more capacity than
other regions (Figure 64). The growth in demand for
electricity in the Southeast is well above the national
average.

With natural gas prices rising in the reference case,
coal-fired plants account for the largest share of
capacity additions through 2030, given the assump
tion that current environmental policies are main
tained indefinitely. The largest concentration of new
coal-fired capacity is in the Southeast, where new
coal-fired plants are built to accommodate growth in
the electricity market and the corresponding need for
additional capacity.

Natural gas, renewable, and nuclear plants represent
the remaining capacity additions. Natural-gas-fired
plants are built to maintain a diverse capacity mix, to
serve as reserve capacity, or to meet environmental
regulations. About three-fourths of the additions are
located in the Southeast, the West (NWP, R.A, and
CA)3 and the Midwest (ECAR, MAIN, and MAPP).
Renewable capacity is also needed because of State
and Federal renewable energy policies, and the Mid
west accounts for the largest share of renewable
capacity additions. Most nuclear additions are
expected in the Southeast, where suppliers have
expressed interest in building new nuclear plants.
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Electricity Supply

EPACT2005 Tax Credits Are Expected
To Stimulate New Nuclear Builds

In the AE02008 reference case, nuclear caparity
grows from 100.2 gigawatts in 2006 to 114.9 giga
watts in 2030, including.2.7 gigawatts of expansion at
existing plants, 16.6 gigawatts of new capacity, and
4.5 gigawatts of retirements. EPACT2005 provides
an 8-year PPC of 1.8 cents per kilowatthour for up to
6 gigawatts of new nuclear capacity built before 2021,
The credit also can be shared for additional capacity•
but at a :lower credit value. The reference case pro
jects 8.0 gigawatts ofnew nuclear capacity (which will
receive the tax credits) by 2020, Early builds are
expected to bring down the cost of nuclear capacity
and, when combined with rising fo~siI fuel costs; to
result in additional nuclear builds after 2020. All
uprates approved, pending, br expected by the NRC at
existing units are assumed to be carried out. Most
existing nuclear units are expected to continue oper
ating through 2030, based on the assumption that
they will apply for and receive license renewals. Seven
units, totaling 4.5 gigawatts, are projected to be
retired after 2028, when the end date of their original
licenses plus a 20-year renewal is reached.

Projected nuclear capacity additions vary, depending
on overall demand for electricity~ ~~and the prices of
other fuels. In the five main AE02008 cases, nuclear
generation grows from 787 billion kilowatthours in
2006 to between 837. and 1,047 billion ldlowatthours
in 2030 (Figure 65~. In the low price case, the deliv
ered price of natural gas in 2030 is 15 percent lower
than in the reference case, and new nuclear plants
become less economical. In the high price arid high.
growth cases, respectively, 30 and 33 gigawatts of
new nuclear capacity are projected, because’more ca
pacity is needed and the cost of alternativós is higher.

Biomass and Wind Lead Projected
Growth inReiiewable Generation

There is consider~ble uncertainty about the growth
potential of wind power, which depends on a variety
of factors, .including fossil fuel, costs, State renewable
energy . programs,. technology improvements, access
tQ transmission grids, public concerns.about environ
mental and other impacts, and. the future of the
Federal PTC, which .is expected, to expire at the end, of
2008. In the AE02008 reference case, generation
frbm wind power increases from 0~6 percent of total
generation in 2006 to 2.4’percent in 2030 (Figure 66),
Biomass~ both dedicated and co-firing,.grows from 39
billion kilowatthours. in 2006 (LU percent of the total)
to .170 billion kilowätthours (3.2 ~ercent~. Generation
fromgeothermai facilities also grows, but at a slower
rate, increasing from 0.4 percent of ‘total generation
in 2006 to0.6 percent in 2030. Current assessments
show limited potential for expansion at conventional
geothermal alt~s. ‘

For consistency in reporting, nonbiogenic municipal
solid waste (MSW) is separated from renewable. gen
eration.. Nonrenewable materials, such as plastics,
have made up an increasing proportion of MSW, and
44 percent of the energy value of MSW in 2005 was
from nonbiogenic sources; in the ‘AE02008 reference
case, that share is held constant over the projection
period. (All growth in generation from MSW and
landfill, gas facilities is attributed to landfill gas
only.) Solar technologies in general remain too costly
for grid-connected, applications, but demonstration
programs and State policies support some growth in
central-station solar PV, and small-scale customer-
sited PV applications ‘grow rapidly [84],
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Figure 65. Electricity generation from nuclear
power, 1990-2030 (billion kik,waflhciurs)

Figure 66, Nonhydroelectric. renewable electricity
generatiot by energy source, 2006-2030
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Electricity Supply

Technology Advances, Tax Provisions
Increase Renewable Generation

Figure 67. Grid-conra~cted electricity generation
from renewable energy sources, 1990-2030
(billion kilowatthours~)
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With State RPS programs included in the reference
case, renewable electricity generation grows by more
than 270 billion kilowatthours. In 2030, total renew
able generation is 666 billion kilowatthours or 12.5
percent of total domestic power production. Although
conventional ~hydropower remains the largest source
of renewable- generation through 2030 (Figure 67),
environmental concerns and the scarcity of untapped
large-scale sites limit its growth, and its share of total
generation falls from 7.1 percent in 2006 to 5.8 per
cent in 2030. Electricity generation from nonhydro
electric alternative fuels increases, bolstered by
legislatively mandated State RPS programs, technol
ogy advances and State and Federal supports, al
though the Federal P~TC is assumed to expire at the
end of 2008 per existing law. The share of nonhydro
power renewable generation increases from 2.4 per
cent of total generation in 2006 to 6.8 percent in 2030.

Wind is the largest source of renewable generation
among the nonhydropower renewable fuels, with 124
billion kilowatthours of generation in 2030, up from
26 billion kilowatthours in 2006. Initially helped by
the Federal PTC, its growth continues as States
meet their RPS requirements. Biomass also grows
strongly, as generation from both dedicated facilities
and co-firing applications increases to 83 billion
kilowatthours in 2030, with an additional 87 billion
kilowatthours generated in end-use systems. In the
near term, market penetration by the unproven bio
mass gasification technology is slow, while co-firing
expands more rapidly. The strong growth in end-use
generation is led by the renewable fuels mandate.
Facilities producing BTL fuels also use the feedstocks
for electricity production.

Renewables Are Expected To Become
More Competitive Over Time

Figure 68. Levelized and avoided costs for new
renewable plants in the Northwest, 2030
(2006 mills per kilowatthour.)
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The projected cost of renewable generation in
AE02008 is significantly higher than projected in
previous AEOs, primarily as a result of increases in
the installation cost of new generating capacity
observed throughout the electric power industry.
Broad indexes of utility construction costs suggest
increases of approximately 15 percent over previous
EIA estimates. Available data for specific renewable
capacity markets, such as wind power, confirm both
the direction and general magnitude of the cost in
creases when applied more narrowly to renewable
generation. For AE02008, the cost increases are
applied to all power-sector installations, and they are
expected to be persistent rather than short-term cost
spikes. In general, renewable generation is expected
to remain more expensive than the generation it
would displace, that is, its avoided cost (Figure 68).

In addition to the increase in capital costs, ETA reas
sessed the cost and performance of dedicated biomass
generation technology. According to an independent
expert review, previous ETA estimates for biomass
gasification technology understated its cost even
before the industry-wide increase in capital costs.
Although higher installation costs make biomass
more expensive, significant growth in dedicated bio
mass capacity is expected in regions with stringent
RPS requirements and limited supplies of lower cost
resources, such as wind, In the near term, growth in
renewable generation in those regions is met largely
by biomass co-firing in existing coal plants—an
option with relatively low capital costs, The higher
efficiency of dedicated plants makes them increas
ingly attractive, however, as biomass fuels with high
er energy value are used to meet RPS mandates.
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Electricity Prices

State Portfolio Standards Increase
Generation from Renewable Fuels

Figure 69. Regional growth in nonhydroelectric
renéwalle electricity generation, 2OO~2O3O

• in October 2007, 25 States and the District Of Colum
bia had legislatively mandated RPS programs, The
mandatory programs were modeled in the .AE02008
reference case [851, but’States with voluntary goals
were assui~iednot to~have any impact On the national
energy mix, Because NEMS does not provide prOjec
ti~ns at the State level, the reference case assumes.
that all States will reach~their’goals within each prop
gram’s legislative framework, and the results are
aggregated at the regional, level. In some States,
however, compliance could be limited by authorized
funding levels for the programs. For example, Califor
nia is not expected to meet its renewable energy
targets because of limits tO authorized funding for its
RPS program.

In the reference’ case, wind capacity grows much
more rapidly than projected in previous AEO.s, to
40 gigawatts in 2030 [861. Much of the qualifying
capacity in the Midwest, Northeast, Southwest, and
Pacific Northwest is expected to consist of wind
farms. In one, midwestern region (MAIN), 11 giga
watts of wind turbine capacity is projected .to be on
line in 2030, as compared with 220. megawatts in
2006. In the Mid-Atlantic region, State RPS programs
are the driving force behind additional dedicat.e.d bio
mass gasification plants. Approximately 3 gigawatts
of new Capacity, along with co-firing, provides 37 ‘bil
lion kilowatthours of generation annually. Most of
the new biomass capacity is projected to come on line
in the Mid-Atlantic region from 2006’ to 2030 (Figure
69). While the growth in wind capacity is the most
d’ramatic,’ biomass co-firing and geothermal power
plants also contribute to the baseload generation
needed to satisfy State RPS ‘requirements.

Fuel Costs. Drop from Recent Highs,
Then Increase ‘Gradually

Fuel costs accOunt for about two-thirds of the gener
‘ating costs of new natural-gas-fired plants, less than.
one-third for new. coal-fired plants~ and less than
one-tenth for new’ nuclear power plants in 2030.
For many renewable fuels, such as’ wind ~d’solar,

“fuel’ is free Capital and operations .and maintenance
expenses make up the balance of the costs. As a result,
natural-gas-fired generation ‘tends to 1~e the most
sensitive—and ‘wind and solar the least sensitive—to
changes ‘ii~ fuel costs.. ,

In the reførence case, prices fOr fossil fuOls delivered
to ‘electricity generators peak between 2005 and 2010,
as the result of a boom in U.S. and foreign demand,
combined with constraints on supply growth and
political instability in oil- .and gas-producing nations.
Fossil fuel.p’rices fall in the middle years of the proje~
tion, however, as new supplies come on line to meet
growing demand. Prices then increase steadily ‘as
demand once again starts to outpace supply (Figure
70). Nuclear and biomass fuel prices rIse gradually
throughout the projection,. as a result of worldwi4e
growth.in the demand for nuclear fuel and depletion
of local biomass stocks.

Electricity generation from relatively low-cost, low-
polluting, natural-gas-fired plants increasOd signifi
cantly in the early. years of this decade. More recently,
higher costs and increasing volatility of supply and
prices have, characterized natural gas markets.
Consequently, in the reference case, the natural
gas share of total electricity generation drops after
2016, and both coal-fired and renewable generation
increase.
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Figure ~70. FueZ.prices to electricity generators,
1995-2030 (2Q06 dollars
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Natural Gas Demand

Electricity Prices Moderate in the
Near Term, Then Rise Gradually

In the AE02008 reference case, continuing high fuel
prices and escalating capital costs for new generating
capacity lead to a jump in real electricity prices, peak
ing in 2009 at an annual average of 9.3 cents per kilo
watthour (2c~O6 dollars). Electricity prices fall to 8.5
cents per kilO%atthour in 2015, as new sources of nat
ural gas and éoal are brought on line, From 2016 on,
generally rising prices for natural gas and petroleum
(in addition to the impact of State renewable fuel
mandates) encourage power producers to increase
their use .of less expensive coal and renewable fuels.
Retail electricity prices rise gradually after 2016, to
8.8 cents per kilowatthour in 2030 (Figure 71).

Customers in States with competitive retail markets
for electricity experience the effects of changes in
natural gas prices more rapidly than customers in
States with regulated markets, because competitive
prices are determined by the marginal cost of energy,
and natural-gas-fired plants, with their higher oper
ating costs, often set hourly marginal prices. After
2016, as other plant types set hourly prices more
often, the price of natural gas has less influence on
competitive retail markets. In the low and high oil
and natural gas price cases, electricity prices range
from 8.5 to 9.1 cents per kilowatthour in 2030.

Electricity distribution costs decline by 5 percent
from 2006 to 2030, as technology improvements and a
growing customer base lower the cost of the distribu
tion infrastructure. Transmission costs increase by
30 percent, as additional investments are made in
the grid to alleviate current constraints, facilitate
competitive markets, and meet growing consumer
demand for electricity.

Fastest Increase in Natural Gas Use
Is Expected for the Buildings Sectors

In the reference case, total natural gas consumption
increases from 21.7 trillion cubic feet in 2006 to a
peak value of 23.8 trillion cubic feet in 2016, followed
by a decline to 22.7 trillion cubic feet in 2030. The
natural gas share of total energy consumption drops
from 22 percent in 2006 to 20 percent in 2030,

The projected path of total natural gas consumption
depends almost entirely on the amount consumed in
the electric power sector. Natural gas consumption
for electricity generation in the power sector declines
from current levels to 5.0 trillion cubic feet in 2030 in
the reference case (Figure 72), as a result of a pro
jected increase in natural gas prices that begins after
2016.

Natural gas consumption in the electric power sector
is highly responsive to price changes, because elec
tricity producers can choose among different fuels on
an ongoing basis, In contrast, consumption of natural
gas in the residential, commercial, and industrial sec
tors is influenced not only by fuel prices but also
by economic trends. In those sectors, natural gas
consumption increases steadily from 2006 through
2030.

In the industrial sector, natural gas consumption is
projected to grow from 7.6 trillion cubic feet in 2006
to 8.1 trillion cubic feet in 2030. In the residential
and commercial sectors (the buildings sectors), con
sumption increases from a combined total of 7.2
trillion cubic feet in 2006 to 8.8 trillion cubic feet in
2030. As a result, the buildings sectors show the
greatest overall increase in natural gas consumption,
in both percentage and absolute terms,
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Figure 71. Average U.S. retail electricity prices,
1970-2030 (2006 cents per kilowatthour)
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Natural Gas Demand

Natural Gas Consumption ~arie:s With
Fuel Prices and Economic Growth

In the high and low price ‘cases, natural gas con
sumption. in 2030 ranges from 24.8 tpllion cubic feet
in the low case to 21.9 trillion cubic feet in the
high case (Figure 73). High natural gas prices provide
direct economic incentives for reducing~ natural gas
consumption, whereas low ‘prices encourage more
consumption.; however, the strength of the relation
ship depends on short- and. long-term fuel substitu
tion capabilities and equipment options within each
consumption. sector.

In the economic growth cases, consumption in 2030
varies from 24,0 trillion cubic feet in the high growth
case to ‘21.3 trillion cubic feet in the low growth case.
With faster economic growth, disposable income
increases more rapidly,. and consumers increase
their energy purchases either by buying products that
consume additional energy (such as larger homes),
being less~ energy-efficient in using products they
already own (for example, by ~setting thermostats
higher in the winter and lower in the summer), or
both. . .

Natural Gas Use in theElectric Power
Sector.Is Sensitive to Prices

In the AE02008 projections, the largest variation in
sectoral demand for natural gas in response to high
and low price assumptions occurs in the electric
power’ sector . (Figure 74). Natural gas consumption
by electricity producers in 2030, ~projected at 5.0
trillion cubic feet in the reference: case, increases to
7~1 trillion cubic. feet in the low price case but falls to
3,.7 trillion àubic feet in the high price case.

Muàh of : the variation in projected natural gas
demand in the electri~~..power seätor between the
low and high price cases is the result of different
projections for the amount of natural-gas-fired gen
erating capacity built—and consequently the amount
of electricity generated from natural gas—from 2007
to 2030. In the high price case, a cumulative 65.4 giga
watts of new natural-gas-fired generating capacity is
added in the electric power sector between 2007 and
2030. In the low price case, cumulative nati~ral-gas
fired capacity additions in the electric power sector
total 131,1 gigawatts over .the same period.

When natural gas prices are high, electric power pro
ducers can quickly substitute generation from coal
and other fuels for power generated from natural gas.
In contrast, in the residential, commercial, industrial,
and transportation sectors, fuel price assumptions
have .a considerably smaller effect on natural gas
consumption, . because fuel substitution options are
limited and the stocks of equipment that use natural
gas have relatively slow turnover rates. In 2030, total
natural . gas consumption in those sectors ranges
from 18.1 trillion cubic feet In the high price case to
17.6. trillion cubic feet in the low price case,
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Figure 73. Total natural gas consumption, Figure 74. Natural gas consumption. in. the electric
1990-2030 (trillion cubic t~e&) . . power andizon-el~otrie power sectors j~ alternative

price cases, 1990-2080 (trillion cubic

In the AE02008 projections, natural gas consump
tion varies with natural gas prices and economic
growth rates, Higher natural gas prices reduce de
mend; and higher economic growth rates increase
demand. ‘ .. . . . •‘ . .
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Natural Gas Prices

Natural Gas Use in Other Sectors
Is More Sensitive to Economic Growth

Figure 75. Natural gas consumption in the electric
power and non-electric power sectors in alternative
growth cases, 1990-2030 (trillion cubic feet)
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The largest variation in natural gas consumption in
the residential, commercial, industrial, and transpor
tation end-use sectors results from different assump
tions about economic growth rates. In the high
economic -growth case, natural gas consumption in
those end-use sectors is projected to total 19.2 trillion
cubic feet in 2030. In the low growth case, the
projected total in 2030 is 16.2 trillion cubic feet
(Figure 75). Most of the difference between the pro
jections in’the two cases is attributable to the indus
trial sector, where growth in economic output has
a greater impact on natural gas consumption than
it does in the residential, commercial, and trans
portation sectors. In the industrial sector, projected
natural gas consumption in 2030 varies from 7.2
trillion cubic feet in the low growth case to 9.0 trillion
cubic feet in the high growth case.

Natural gas consumption in the electric power sector
is sensitive to natural gas prices because other fuels,
such as coal, can be substituted directly for natural
gas in generating electricity. In the high and low eco
nomic growth cases, however, natural gas consump
tion in the electric power sector shows little variation
from the reference case projection. Natural gas use
for electricity generation in 2030 varies from 5,0
trillion cubic feet in the low growth case to 4.9 trillion
cubic feet in the high growth case. In the high
economic growth case, when natural gas consumption
in the electric power sector begins to rise, natural gas
prices increase significantly, and in response coal and
nuclear power are substituted for natural gas.

Projected Natural Gas Prices Fall
from Current Levels Before Rising

Figure 76. Lower 48 wellhead and Henry Hub
spot market prices for natural gas, 1990-2030
(2006 dollars per thousand cubic t~et,~
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In the AE02008 reference case, lower 48 wellhead
prices for natural gas are projected to decline from
current levels to an average of $5.32 per thousand
cubic feet (2006 dollars) in 2016, then rise to $6.63 per
thousand cubic feet in 2030, Henry Hub spot market
prices are projected to decline to $5.82 per million Btu
($5.99 per thousand cubic feet) in 2016 and then rise
to $7.22 per million Btu ($7.43 per thousand cubic
feet) in 2030 (Figure 76).

Current high natural gas prices are expected to stini
ulate the development of new gas supplies and con
strain growth in natural gas consumption. Greater
availability of natural gas supplies leads to a decline
in prices through 2016, After 2016, wellhead natural
gas prices increase largely as a result of the increased
cost of developing the remaining U.S. natural gas
resource base.

Natural gas prices in the reference case are deter
mined largely by the cost of supplying natural gas
from the remaining U.S. and Canadian resource base,
In the future, however, the U.S. natural gas market is
expected to become more integrated with natural gas
markets worldwide, as a result of increased U.S.
access to, and reliance on, LNG supplies from foreign
sources. As a consequence, international market
conditions will have a stronger influence on domestic
natural gas prices in the United States, causing
even greater uncertainty in future U.S. natural gas
prices than would be the case if the United States
relied exclusively on natural gas supplies from North
America,
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Natural ~Gas Prices

Prices Vary With Resource Size and
Technology Progress Assumptions

In th~ high price case, oil pric~es are assumed to be
higher and the unproven.natural gas resource base is
assumed to be 15 percent smaller than the estimates
used in the reference case. The low price case assumes
lower oil prices and a 15-percent. larger. unproven
resource base than in the reference case.. A smaller
domestic natural gas resource base increases explora
tion and production (E&P) costs, leading to higher
natural gas prices. As a result, U.S.. wellhead prices
(and the price of LNG worldwide) are higher .in the V

V high price äase and lower in the low price case than’in
the reference case (Figure7.7). IflV2O30, domestic well-

V head natural gas ~iees are projected to average $7.77
(2006 dollai~s) per thousand cubic feet in the high
priàe case, compared with $5.49 per thousand ~ubic
feet in the low price case. V V V V

Technological progress affects the future production
of natural gas by reducing production costs and
expanding the economically recoverable resource
base. In the AE02008 reference case, the rate of
improvement in natural gas production technology is
based on the historical rate. The slow oil and natural
gas technology case assumes an improvement rate 50
percent lower than in the reference case. As a result,
future capital and operating costs are higher, causing
Vthe projected average welihead price of natural gas to
increase to $7.. 10 per thousai~d cubic feet in 2030. The
rapid technology case assumes a rate of technology
improvement 50 percent higher than in the reference
case, reducing natural gas development and produc
tion costs. In the rapid technology case, wellhead
natural gas priàes are projected to average $6.11 per
thousand cubic feet in 2030.

Delivered Natural Gas Prices Follow
Trends in Welihead Prices..~

Trends in delivered natural gas prices largely reflect
changes.in projected welihead prices,VIn the AE02008
reference case, prices for natural gas delivered to the
end-use sectors decline through 2016 as welihead
natural gas prlces decline, then increase along with
wellhead prices over the rest of the projection period
(Figure 78). V V V

Natural gas tran~misCion and distribution margins in
the industrial and electric power sectors fall over~
time, because production V facilities in those sectors
t3~pically .e~ connected directly to transmission pipe
lines, and ~ipeliiie. rates are projected to fall as their
depreciation expenses decline more rapidly than their
costs increase: In the residential and cbmmercial sec
tors, incontrast, transmission and dist~ibution rates
for natural gas rise over time, because increases in
building efficiency reduce natural gas consumption at
Veach building site, and distribution expenses thus are
spread over a lower total volume of system through.-
put. As a result, average U.S. transmission and distri
bution margins increase slowly from 2006 to 2030 in
the reference case..

All the AE02008 cases assume that sufficient trans
mission and distribution capacity will be built to
accommodate the projected growth in natural gas
consumption, If public opposition were to prevent
infrastructure expansion, however, delivered prices
could be higher than projected. V
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Figure 77..Lower V48 wdflhèad natural gas prices,.

1990-2030 (2006 dollars per thousa7id cubic feet)
Figure 78. Natural gas prfres by end-use sector,
1990-2030 (2006 dollars per thousand cubic.

000544



Natural Gas Supply

Transmission and Distribution
Margins Vary Inversely With Volumes

Figure 79. Average natural gas transmission and
distribution margins, 1990-2030 (2006 dollars
per thousand cubic feet)
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The transmission and distribution margin for natural
gas delivered to end users is the difference between
the average delivered price and the average source
price, which is the quantity-weighted average of the
lower 48 wellh~eäd price and the average import price.
It reflects ‘both’ the capital and operating costs for
pipelines and the volume of natural gas transported.
Although operating costs vary with the level of pipe
line utilization, capital costs are fixed for the most
part, Variations in pipeline throughput result in
higher or lower transmission and distribution costs
per thousand cubic feet of natural gas transported.
Thus, because the high and low price case projections
show the greatest variation in total natural gas con
sumption, the greatest variation in transmission and
distribution margins is also seen in those cases.

In the high price case, total natural gas consumption
in 2030 is projected to be only 21.9 trillion cubic feet.
As a result, the average transmission and distribution
margin for delivered natural gas is projected to
increase from $2.98 per thousand cubic feet in 2006 to
$3.12 per thousand cubic feet in 2030 (2006 dollars).
In the low price case, total natural gas consumption in
2030 grows to 24.8 trillion cubic feet, and the average
transmission and distribution margin in 2030 drops
to $2.74 per thousand cubic feet as the existing
pipeline system is used at a higher capacity factor.
In the reference case, with projected natural gas
consumption of 22,7 trillion cubic feet in 2030,
the projected average transmission and distribution
margin in 2030 is $2.93 per thousand cubic feet
(Figure 79).

Unconventional Production Is a
Growing Source of U.S. Gas Supply

Total U.S. natural gas production grows modestly
in the reference case, from 18.6 trillion cubic feet in
2006 to 19.4 trillion cubic feet in 2030, as depletion of
the onshore lower 48 conventional resource base is
offset by increased production from unconventional
sources and from Alaska. Offshore production
increases from 3.0 trillion cubic feet in 2006 to
4.5 trillion cubic feet in 2017, then declines to 3.5
trillion cubic feet in 2030. Production in shallow
waters declines slowly through 2030. Production in
deeper waters rises to 3.0 trillion cubic feet in 2019
and then declines through 2080.

A large proportion of the onshore lower 48 conven
tional natural gas resource base has been discovered.
Discoveries of new conventional natural gas reser
voirs are expected to be smaller and deeper, and thus
more expensive and riskier to develop and produce.
Accordingly, total lower 48 onshore conventional
natural gas production declines in the AE02008 ref
erence case from 6.6 trillion cubic feet in 2006 to 4.4
trillion cubic feet in 2030 (Figure 80). Incremental
production of lower 48 onshore natural gas comes
primarily from unconventional resources, including
coalbed methane, tight sandstones, and gas shales.
Lower 48 unconventional production increases in the
reference case from 8.5 trillion cubic feet in 2006 to
9.5 trillion cubic feet in 2030.

The Alaska natural gas pipeline is expected to begin
transporting natural gas to the lower 48 States in
2020. As a result, Alaska’s natural gas production
increases from 0.4 trillion cubic feet in 2006 to 2.0
trillion cubic feet in 2030 in the reference case,
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Figure 80. Natural gas production by source,
1990-2030 (trillion cubic feet)
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Natural Gas Supply

Figure 81. Total U.S. natural gas production,
1990-2030 (trillion cubic feet)
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Exploration for and production of natural gas be-
comes more profitable when prices increase and when
exploration and development costs decline. The rapid
and slow technology cases show the effects of differ
ent assumed rates of technology improvement in the
oil and natural ‘gas industries, which directly affect
exploration and development costs. The high and low
price cases show the effects of different assumptions
about oil price levels and the availability of unproved
oil and natural gas resources.

Technological progress generally reduces the cost of
natural gas production, leading to lower welihead
prices, more end-use consumption, and more produc
tion. More rapid progress works to increase domestic
natural gas production and slower progress works
to reduce production in the technology cases, U.S.
natural gas production in 2030 is 6.4 percent higher
in the rapid technology case and 4.8 percent lower in
the slow technology case than in the reference case
(Figure 81).

The high and low price cases show smaller effects on
total production than do the technology cases. The
high and low price cases include higher and lower oil
prices and assume an unproven natural gas resource
base that is 15 percent smaller (in the high price case)
or 15 percent larger (in the low price case) than
assumed in the reference case. In the high price case,
the stimulative effect that higher natural gas prices
normally would have on natural gas production is
offset by an increase in E&P costs as a result of the
smaller resource base.

Net U.S. impprts of natural gas from Canada are
projected to decline, and net imports of LNG are
projected to grow, from 2006 through 2030. Most of
the expected growth in U.S.. natural gas imports is in
the form of. LNG. The total capacity of U.S. LNG
receiving terminals increases from 1.5 V trillion cubic
feet in 2006 to 5.2trillion cubic feet in 2009 in the
reference, case (with ‘no further increase through
2030), and net LNG imports grow. from 0.5 trillion
cubic feet in. 2006 to 2.8 trillion cubic feet in 2030
~‘F•igure 82). The U.S. market is expected .to be tight
throughout the projection because of competition for
LNG supplies across the world. Although U.S. im
ports rise over time, they.are expected to vary signifi
cantly from year to years depending on domestic and
worldwide natural gas prices. ‘When •internatienal
natural gas prices are higher than U.S. prices, LNG
imports a~e expected’ to be lower, and vice versa.
Thus, LNG imports in ‘the AE02008 cases reflect the
expected long-term trend rather than actual import
levels in any particular year. .

Over the past year, reported costs for development of
the Mackenzie Delta natural gas pipeline, including
development costs for the three anchor natural. gas
fields, have increased substantially [87j. Therefore,
the pipeline is not expected to be built with natural
gas prices at the levels projected in the AE02008 ref
erence case, Canada still is expected to export natural
gas to the United States in the reference case, how
ever, with U.S. net imports from Canada declining
from 3.2 trillion cubic feet in 2006 to 0.9 trillion cubic
feet in 2030. Natural gas prices in the reference case
are adequate to support that level of imports despite
the absence.of the Mackenzie Delta pipeline.

Natural Gas SupplyProject’ions V

Reflect Rates of Technology Progress
Net Imports of Liquefied Natural Gas
Grow in the Projection

Figure 82, Net U.S. imports ofnatural gas

78 Energy Information Admlnb~tration/ Annual Energy Outlook 2008

000546



Oil Production

LNG Imports Are the Source of Supply
Most Affected in the Price Cases

Figure 83. Net U.S. imports of liquefied natural gas,
1990-2030 (‘trillion cubic feet)
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Net U.S. imports of LANG are expected to vary consid
erably from year to year, depending on both the level
of U.S. natural gas prices and whether those prices
are higher or lower than prices elsewhere in the
world. Higher, prices overseas are expected to reduce
U.S. LANG. imports, and lower prices overseas are
expected to increase U.S. imports. U.S. LNG imports
are much, less sensitive to economic growth rates,
which determine the level of domestic natural gas
consumption. Given the uncertainty in future domes
tic and overseas natural gas prices, the level of future
U.S. LNG imports is highly uncertain.

In the high price case, the higher world crude oil price
is expected to result in increased natural gas con
sumption in overseas energy markets, exerting up
ward pressure on LNG prices. In addition, some LNG
contract prices are tied directly to crude oil prices.
Higher crude oil prices will also spur greater GTL
production, placing additional pressure on world
natural gas supplies. Collectively, these activities are
expected to increase overseas wellhead natural gas
prices and worldwide LNG prices, reducing both
domestic natural gas consumption and LNG imports
in the United States.

Net U.S. imports of LANG in 2030 are projected to total
2.8 trillion cubic feet in the reference case, 4.5 trillion
cubic feet in the low price case, 1,7 trillion cubic feet
in the high price ease, 2.9 trillion cubic feet in the high
economic growth case, and 2.5 trillion cubic feet in
the low economic growth case (Figure 83).

U.S. Crude Oil Production Increases
Slightly Through 2030

Figure 84. Domestic crude oil production by source,
1990-2030 (million barrels per clay)

PrOje~orn, ‘~‘

S I

6—

4:~%%~~~

“~“..,_.. _ Za,er-48 Ornho?e

In the reference case, U.S. conventional oil produc
tion grows from 5.1 million barrels per day in 2006 to
a peak of 6.3 million barrels per day in 2018, then
declines to 5.6 million barrels per day in 2030 (Figure
84). The shape of the U.S. production profile is deter
mined largely by lower 48 offshore oil production,
which rises from 1.4 million barrels per day in 2006 to
2.4 million barrels per day in 2015 and then falls to
1.9 million barrels per day in 2030. Deepwater oil pro
duction in the Gulf of Mexico increases from 970,000
barrels per day in 2006 to a peak of 2.0 million barrels
per day between 2013 through 2019, which is followed
by a decline to. 1.6 million barrels per day in 2030.
Production in the shallower Gulf waters (at depths
less than 1,000 feet) declines from 350,000 barrels per
day in 2006 to 230,000 barrels per day in 2030. The
decline in total offshore oil production during the
later years of the reference case reflects depletion of
the largest offshore oil fields and the fact that the
remaining offshore oil resource base is composed of
smaller and smaller fields,

Because a large portion of the U.S. onshore conven
tional oil resource base already has been produced,
newly discovered oil reservoirs are expected to be
smaller, more remote (e.g., Alaska), and more costly
to exploit. Onshore oil production in the lower 48
States increases slightly, however, as higher crude oil
prices stimulate production by EOR techniques using
CO2 injection, which increases from 350,000 barrels
per day in 2006 to 1.3 million barrels per day in 2030.
Excluding the increase in EOR production, lower 48
onshore oil production declines slowly, from 2.6 mil
lion barrels per day in 2006 to 2.1 million barrels per
day in 2030.
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Oil Production

More Rapid Technology Advances
Could Raise U.S. Oil Production

Figure 85. Total U.S. crude oil production,
1990-2030 (million barrels rwr dai.’)

The rapid and slow oil and gas technology cases
assume rates of technological progress in the
petroleum industry that are 50 percent higher and
50 percent lower than in ‘:the referencO case.. The
rate of teàhnological progress determines the cost of
developing and producing the remaiping domestic oil
resource base Higher (or lower) rates Oftechnological
progress result in lower (or higher) oil developmuit
and production costs, which in turn allow more (or
less) oil productions In 2030, domestic crude oil pro
duction is 5.6 million barrels per day in the reference
case, 5.9 million barrels per day in therapid technol-.
ogy case, and 5,0 million barrels per day in the slow
technology case (Figure 85),

Domestic oil consumption, which is determined large
ly by oil prices and economic growth rates, does not
vary significantly across the technology cases; how
ever~ imports of crude oil and petroleum products do
vary, depending on domestic oil production levels. In
2030, net imports of crude oil and liquid fuels total
12.4 million barrels per day in the reference case, as
compared with 12.0 million barrels per day in the
rapid technology case and 13.0 million barrels per day
in the slow technology case.

Higher rates: of . technological progre~s result in
higher oil production rates and more rapid depletion
of the domestic resource base. Cumulative U.S. crude
oil production from 2006 through 2030 is 2.0 billion
barrels (3.9 percent). higher in the rapid technology
case and 2.6 billion barrels (4.9 percent) lower in the
slow technology case than in the reference case.

Unconventional Liquids Production.
Increases WitJ4 Higher Oil Prices

Crude oil prices are the primary determining factor
for future levels of domestic unconventional oil pro
duction (such as oil shale, CTL, and GTL). In the
AE02008 low price case, CTL production begins in
2011, using only U.S. facilities now under construc
tion, and remains at .40,000 barrels per day through
2030. With the higher oil price in the reference case,
CTL production sta~ts in 2011 at about 50,000 barrels
per day and increases to about 240,000 barrels per
day in 2030 (Figure 86). In the high price case, both
GTL. and oil shale production become economical.,
and total domestic unconventional oil production
increases ‘tO 1.5 million barrels per day in 2030—1.2
million barrels per day from CTL, 130,000 barrels per
day from GTL, and 140,000 barrels per day from oil
shale.’Iu the high price case, both oil and natural gas
prices are sufflciently high to encourage both the con
struction of an Alaska’ natural gas pipeline and GTL
production on Alaska’s North Slope.’

There i’s considerable. uncertainty surrounding the
future of unconventional crude oil production in
the United States. Environmental regulations could
either preclude unconventional production or raise
its, cost significantly. If future ‘U.S. laws limited
and/or taxed greenhouse gas emissions, they could
‘lead to substantial increases in the costs of unconven
tional production, which, emits significant volumes
of 002.’ Restrictions on access to water also could
prove costly, especially in the arid West. In addition,
environmental restrictions on land’ use could pre
clude unconventional oil production in some areas of
the United States.
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Figure 86. Total US, unconventional crude oil
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Liquid Fuels Production and Demand

Transportation Uses Lead Growth
in Liquid Fuels Consumption

Figure 87. Liquid fuels consumption by sector,
1990-2030 (million barrels per day)
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U.S. consumption of liquid fuels—including fuels
from petroleum-based sources and, increasingly,
those derived from nonpotroleum primary fuels such
as coal, biomass, and natural gas—totals 22.8 million
barrels per day in 2030 in the reference case, an
increase of 2.1 million barrels per day over the 2006
total (Figure 87). All of the increase is inthe transpor
tation sectàr, which accounts for 73 percent of total
liquid fuels consumption in 2030, up from 68 percent
in 2006.

Gasoline, ULSD, and jet fuel are the main transporta
tion fuels. The reference case includes the effects
of technology improvements that are expected to
increase the efficiency of motor vehicles and air
craft, but the projected growth in demand for each
mode outpaces those improvements as the demand
for transportation services grows in proportion to
increases in population and GDP. With the new
CAFE standards in EISA2007, transportation use of
liquid fuels increases by 2.6 million barrels per day in
the reference case, 3.9 million barrels per day in the
high economic growth case, and 1.8 million barrels
per day in the high price case from 2006 to 2030.

Consumption of liquid fuels from nonpetroleum
sources increases substantially over the projection
period. Ethanol, which made up 4 percent of the
motor gasoline pool in 2006, increases to 15,8 percent
of the total motor gasoline pool in 2030. Total pro
duction of liquid fuels from CTL and BTL plants,
which are expected to commence operation in 2011,
increases in the reference case to 540,000 barrels per
day in 2030, equivalent to 9.7 percent of the total pool
of distillate fuel.

RFS Is Defined by Multiple Biofuel
Categories in EISA2007

Figure 88. E12A2007 RI’S credits earned in selected
years, 2006-2030 (‘billion credits)
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EISA2007 mandates a total RFS credit requirement
of 36 billion gallons in 2022. Credits are equal to
gallons produced, except for fatty acid methyl ester
biodiesel and BTL diesel, which receive a 1.5-gallon
credit for each gallon produced, The renewable fuels
can be grouped into two categories: conventional
biofuels (ethanol produced from corn starch) and
advanced biofuels (including cellulosic ethanol, bio
diesel, and BTL diesel). In total, 15 billion gallons of
credits from conventional biofuels and 21 billion gal
lons from advanced biofuels are required in 2022.

In the AE02008 reference case, however, only 32.5
billion gallons of RFS credits are generated in 2022,
because cellulosic biofuel production is not expected
to increase rapidly enough to provide the credits that
would be needed to meet the advanced biofuels
requirement. If the available quantities of biofuels
are inadequate to meet the initial targets, EISA2007
provides for both the application of waivers and modi
fication of applicable credit volumes (Figure 88).

Corn ethanol is projected to make the largest con
tribution toward the RFS mandate, providing up
to 15 billion credits. Cellulosic ethanol contributes 7.2
billion credits to the advanced and cellulosic biofuel
requirement in 2022, and BTL diesel contributes
4.3 billion credits, BTL production continues to
increase in the later years of the projection, to 6.8
billion gallons in 2030. The remainder of the credits
for advanced biofuels in 2022 include credits for
approximately 3 billion gallons of ethanol imports,
2 billion gallons of biodiesel, and 0.5 billion gallons
of ethanol from wheat and other feedstocks.
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Liquid Fuels Production and Demand

EISA2007 Increases U.S. Supply
of Renewable Transportation Fuels

As a result of the EISA200.7 RFS, the biofuel compo
nent of motor. fuels in the transportation. sector is
projected to grow ‘substantially, as the £os5il fuel
content of gasoline and diesel declines~ frp~’ 136
billion gallons (96 percent) ii~ 2006 to 125 ‘billion
gallons (83 percent) in 2030 (Figure .89.). The biofuel
content of all gasoline and ~85 . consumed in the
United States, which totaled about 5,6 billion gallons
in 2006, increases to 25.8 billion gallons in 2030.
In addition, . a smaller increase in biofuel content is
projected for diesel fuel, from 0.3 billion gallons. in
2006 to 3,8 billion gallons in 2030.

Adding to the decline in U.S. consumption of fossil-
fuel-based gasoline is a projected increase in diesel
fuel use for passenger vehicles—a shift that is likely
to require significant adjustments in. the refining
industry. Crude oil processing typically yields a
sizable portion of product in the naphtha range,
which frequently is used inmotor gasoline. His
torically, there has been a mutually beneficial rela
tionship between U.S. and European refiners, with
surplus diesel being shipped from the United States
to Europe and surplus gasoline shipped from ~urope
to the United States. A significant increase in U.S.
demand for diesel while the demand for gasoline is
falling is likely to require significant investment by
refiners in both the United States and Europe in
order to maximize diesel yields.

Imports of Liquid Fuels Are Expected
To Decline. . ..

In the reference. case, demand for refined products
continues to increase more rapidly than refining
capacity. Historically, the availability of product
imports has been limited by .a lack of foreign refiner
ies capable of meeting the stringent. U.S. standards
for liquids products. One example is provided by the
U.S. ban on use of methyl tertiary 1~utyl ether as
an oxygenate in RFG.. Since the ban took effect in
January 2007, U.S. refiners have switched to using
ethanol as the oxygenate in RFG, and the New York
Mercan.til~ Exchange (NYMEX) market has stopped
offering imports of RFG and switched to impOrts of
reformulated blendstock for oxygenate blending.

In recent years, however, liquids demand has grown
rapidly in some countries ofEastern Europe and Asia,
and those nations are moving to adopt the same fuel
quality standards as the developed world. As a result,
refineries throughout, the world are becoming more
sophisticated, and in the future more of them will be
able to provide products suitable for the U.S. market,
which they may do if it is profitable.
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Figure 89. Fossil fuel and biofuel content of
U.S. motor fuel supply,’~0O6, 2015, and 20.30.,

V ~.

Figure 9,0. ‘Net import. share of U.S. liquid fuels
consum ~tion, 1990-2030 {‘percent~)

In 2006, net imports of-liquid fuels, primarily petro
leuin, account~d for 60. percent. of domestic consump-.
tion. In the referenc.e vase, U.S. ‘dependence on liquid
fuel. imports. declines to~ 51 percent in 2Q22, before
climbing to 54 percentin.2030 (Figure 90). In the high
price case, n~t imports as a share of domestic con
sumption ôfl~quid fuels, rail to 45 percent in 2030. In
the low price case, dependence’on petroleum imports
remains roughly constant, with an import share of 59
percent in 2030.
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Liquid Fuel Prices

Ethanol Prices Compete on a Btu
Basis To Meet the EISA2007 RFS

Figure 91. Motor ga8oline, diesel fiLel, and E85
prices, 2006-2030 (2006 dollars per gallon)
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In the AE02008 reference case, with the EISA2007
renewable fuels mandate in effect, the U.S. market
for. ElO is saturated by 2014, after which the ethanol
requirement is met by increased consumption of 5185.
To encourage:.the use of E85, its price is discounted
to make it competitive with motor gasoline on an
energy-equivalent basis. The E85 price discounts are
funded by premiums placed on the petroleum content
of other motoi~ fuels. As E85 consumption increases,
the price drops from $2.35 per gallon in 2006 to a low
of $1.57 (2006 dollars) in 2017 before rising to $1.86
in 2030. In comparison, the price of motor gasoline is
$2.63 per gallon in 2006 and $2.45 in 2030 (Figure
91).

In the low price case, E85 follows the same general
price path, falling to $1.44 per gallon in 2030. In con
trast, in the high price case, the price of E85 rises to
$2.73 per gallon in 2030, although it is still discounted
relative to motor gasoline, which increases to $3.52
per gallon in 2030, In the A.E02008 early release,
which excluded the impact of EISA2007, the price of
E85 remained closer to the price of motor gasoline
throughout the projection period, increasing to $2.29
per gallon in 2030, while the price of gasoline in
creased to $2.49 in 2030.

U.S. Motor Gasoline Prices Rise and
Fall With Changes in World Oil Price

Figure 92. Average U.S. delivered prices
for motor gasoline, 1990-2030
(2006 dollars per gallon)
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Retail prices for petroleum products largely follow
changes in crude oil prices. In the AE02008 reference
case, the world oil price path reaches a low of $57 per
barrel in 2016 and then increases to about $70 in 2030
(2006 dollars). The U.S. average motor gasoline price
follows the same trend, falling to $2.19 per gallon in
2016 before rising to $2.45 in 2030.

In the high price case, with the price of imported
crude oil rising to $119 per barrel (2006 dollars)
in 2030, the average price of U.S. motor gasoline
increases rapidly, to $3.06 per gallon in 2016 and
$3.52 per gallon in 2030. In the low price case, gaso
line prices decline to a low of $1.74 per gallon in 2016,
increase slowly through the early 2020s, and level off
at about $1.84 per gallon through 2030 (Figure 92),

Because changes from the reference case assumptions
for economic growth rates have less pronounced
effects on motor gasoline prices than do changes in oil
price assumptions, the average prices for U.S. motor
gasoline in the high and low economic growth cases
are close to those in the reference case. In the high
growth case, the average gasoline price falls to a low
of $2.24 per gallon in 2016 and then rises to $2.59 per
gallon in 2030. In the low growth case, the average
price reaches a low of $2.16 per gallon in 2017,
followed by an increase to $2.32 per gallon in 2030.

In all the AE02008 cases, increases in motor gasoline
prices as a result of the EISA2007 biofuel mandates
are more than offset by erosion of the real dollar value
of the Federal excise taxes. By assumption, the
Federal gasoline tax is fixed at its 2007 nominal level
of 18.4 cents per gallon.

Energy Inforinat~on Administration I Annual Energy Outlook 2008 83

000551



Coal Production.

Western. Coal Production Continues.
To Xncrease Through 2030

In the .AE02008 reference case, increasing coal. use
for electricity generation at existing plants and con
struction df a few new coal-fired plants lead to annuai
production increases that average 0.3 percent per
year from 2006 to 2015, when total produc~iion.is.24~5
quadrillion l3tu. In the absen.ceof restrictions on CO2
emissions, the growih in .• coal production:. i~ . even.
strongerfrom 2015 to 2030, averaging 1.0 percent per
year, as a substantial number of newcoal-fired power
plants and several CTL plants are brought on line.

Western coal production, which has grown steadily
since. 1970, . continues to.. inärease through 2030
(Figure93). Much of the projected growthis in output
from the Powder River Basin, where producers are
well positioned to increase production from the vast
remaining surface-minable reserves.

Appalachian coal production declines slightly: in the
reference case. Although producers in Central Appa
lachia are well situated to supply coal to new generat
ing capacity in the Southeast, that portion of the
Appalachian basin has been mined extensively, and
production costs have been inöreasing more rapidly
than .in~ other. regions. The, eastern portion. of the

• Interior coal basin, (Illinois, Indiana, and western
Kentucky), with extensive reserves of mid- and high-

• sulfur bituminous coals, benefits from the new coal-
fired generating capacity in the Southeast.

Production of low-Btu lignite in the Interior and
Western supply regions also increases substantial~y,
primarily to meet the energy..and feedstock require
ments of new coal-fired power plants and CTL plants
in Texas, Montana, and North Dakota.

Long-Term Production Outlook.
Varies Considerably Across Cases.

In. most of the AJ3J02008 cases, U.S. coal production is
projected to increase from 2006 to 2030; however,
different assumptions about economic growth (which
mainly affect overall electricity demand) and about
the ~ost~’of produCing fossil fuels (which primarily
determine the mix of supply sources for generation
and petroleum products) lead to different results. The
reference case projects a 20-percent increase from
2006 to 2030, whereas .the alternative cases show
changes that range from a decrease of.5 percent to an
increase of 36 percent (Figure 94), Because the level
of uncertainty is lower in the near term,.the projected
changes ‘in’ coal production from 2006 ‘t~ 2015 show
significantly less variation, ranging from virtually no
change to an increase of 5 percent.

Across the cases, regional, coal production trends
generally follow the national trend. As a result, the
projected regional shares of total coal production in
2030 (from the Appalachian, Interior, and Western
supply regions) do not vary by,much among the refer
.ence, high and low price, and high and low, economic
growth cases. Inthe high coal cost case; however, the
combination, of higher mining and transportation
costs and slow growth in total U.S. coal demand leads
to a sizable drop in projected output from Wyoming’s
Powder River Basin, which is by far the most impor
tant coal-producing area in the West, As a result, the
Western share of total U.S. coal ‘production declines
slightly in the high coal cost case, from 46 percent in
2006 to 45 percent in 2030. In the other cases, the
West’s share of total coal production in 2030 ranges
from a low of 54 percent to a high of 60 percent.
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Figure 93. Coal production by region, 1970-2030
llion Etu)

Figure 94. U.S. coal production, 2006, 2015,
and 2030 (‘quadrillion Btu)
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Coal Prices

Strong growth in production in the Interior and West
ern supply regions, combined with limited improve
ment in coal mining productivity, results in mine-
mouth price increases of 0,7 and 0.9 percent per year,
respectively, far the two regions from 2006 through
2030. Average minemouth prices in Appalachia de
cline by 0.4 percent per year over the same period, as
a result of falling output levels and a shift to lower
cost production in the northern part of the basin.

The U.S. average minemouth price for coal drops
slightly between 2006 and 2020, from $1.21 to $1.14
per million Btu (2006 dollars), as mine capacity utili
zation declines and production shifts away from the
higher cost mines of Central Appalachia. After 2020,
rising natural gas prices and requirements for addi
tional generating capacity result in the construction
of 65 gigawatts of new coal-fired generating capacity.
The combination of new investment in mining capac
ity to meet the demand growth, a continued low rate
ofproductivity improvement, and rising utilization of
mining capacity leads to an increase in the average
minemouth price, to $1.19 per million Btu in 2030.

From 1990 to 1999, the average minemouth price of
coal declined by 4.5 percent per year (Figure 95). In
creases in U.S. coal mining productivity of 6.3 percent
per year helped to reduce mining costs and contrib
uted to the price decline. Since 1999, U.s. coal mining
productivity has declined by 0.8 percent per year, and
the average minemouth coal price has increased by
3.7 percent per year. In the AEJO2008 reference case,
coal mining productivity rises at an average rate of
0.6 percent per year from 2006 to 2030, more closely
reflecting the trend of the past several years.

Higher Mining and Transportation
Costs Raise Delivered Coal Prices

Figure 96. Average delivered coal prices, 1990-2030
(2006 dollars per million Btu)
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.Alternative assumptions for coal mining and trans
portation costs affect delivered coal prices and de
mand. Two alternative coal cost cases developed for
AE02008 examine the impacts on U.S. coal markets
of alternative assumptions about mining productiv
ity, labor costs, and mine equipment costs on the pro
duction side, and about railroad productivity and rail
equipment costs on the transportation side.

In the high coal cost case, the average delivered coal
price in 2006 dollars is $2.76 per million Btu in
2030—52 percent higher than in the reference case
(Figure 96). As a result, U.S. coal consumption is 4.8
quadrillion Btu (16 percent) lower than in the refer
ence case in 2030, reflecting both a switch from coal to
natural gas, nuclear, and renewables in the electricity
sector and reduced CTL production. In the low coal
cost case, the average delivered price in 2030 is $1.29
per million Btu—29 percent lower than in the refer
ence case—and total coal consumption is 2,1 quadril
lion Btu.(7 percent) higher than in the reference case.

Because the high and low economic growth cases and
the high and low price cases use the reference case
assumptions for coal mining and rail transportation
productivity and equipment costs, they show smaller
variations in average delivered coal prices than do the
two coal cost cases. Different coal price projections in
the high and low economic growth cases (with price
paths very close to the reference case) and high and
low price cases result mainly from higher and lower
projected levels of demand for coal. In the price cases,
higher and lower fuel costs for both coal producers
and railroads contribute to the variations in projected
coal prices.
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Minemouth Coal Prices in the Western
and Interior Regions Rise Steadily

Figure 95. Average minemouth price ofcoal
by region, 1990-2030 ~2006 dollars per million Blu)
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Emissions From Energy Use

Rising Energy Consumption
Increases Carbon Dioxide Emissions

Figui~e 97. Carbon dioxide emissions by sector and
fi,el, 2006 and 2080 (million metric tons)

Without capture and sequestration, 002 emissions
from the combustion of fossil fuels are proportional to
the carbon content of the fuel. Coal has the highest
carbon content and natural gas the lowest, with
petroleum in between. In the AE02008 reference
case, the shares .of these fuels change slightly from
2006 to 2030, with more coal and less oil and natural
gas. The combined share of renewable and nuclear
energy grow from 15 percent in 2006 to 20 percent in
2030. As a result, 002 emissions increase by 16 per.
cent over the period, as compared with a 19-percent
increase In total energy use (Figure 97). At the same
time, the economy becomes less carbon intensive:
the percentage increase in 002 emissions is one-fifth
the increase in GDP, and emissions per capita decline
by 5 percent over the 24-year.period.

The factors that influence growth in, 002 emisalons
are the same as those that drive increases in fossil
energy demand. Among the most significant are
population and economic growth; increased penetra
tion of computers, electronics, appliances, and office
equipment; increases in commercial floorspace;
increases in highway, rail, and air travel; and
continued reliance on coal for electric power genera
tion. The increases in demand for energy services are
partially. offset by efficiency improvements and shifts
toward less energy-intensive industries. New 002
mitigation programs, more rapid improvements in
technology,, or more rapid adoption of voluntary 002
emissions reduction programs could result in lower
002 emissions levels than’ projected here.

Emissions Projections Change With
Economic Growth Assumptions

Figure 98. Carbon dioxide emissions,1990-2030
(million metric tons)
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Higher growth in population, labor force, and produc
tivity is assumed in the high growth case thanin the
reference.. case, leading to. higher industrial output,
higher disposable income, lower inflation, and lower
interest rates.’ The low• ‘growth case assumes the
reverSe. In the,high and low growth cases, G])P varies
by. about 14~pèrcent and population by about 8 per
cent from the reference case projections for 2030.

Alternative ‘projections .for industrial’ output, com
mercial floorspace, housing, and transportation in the
population and economic growth cases influence the
demand .for energy and result in variations in CO2
emissions (Figure 98). Emissions in 2030 are 9 per
cent lower in the low growth ‘case and 9 percent
higher in the high growth case than in the reference
case. The strength of the relationship ‘between eco
nomic growth and emissions varies by end-use sector.
It is strongest for the industrial sector and, to a lesser
extent, tha transportation sector, where economic
‘activity strongly influences energy use and emissions,
and where fuel choices are limited. It is weaker In the
commercial and residential sectors, where population
and building characteristics have large influences and
vary less across the three cases.

Changes in electricity sale.s across the cases affect the
amount of new, more efficient generating capacity
required, reducing somewhat the sensitivity ofenergy
use to GDP. However, the choice of coal for most new
baseload capacity increases 002 intensity in the high
growth case while decreasing it in the low growth
case, offsetting the effects of changes in efficiency
across the cases.
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Emissions From Energy Use

Clean Air Interstate Rule Reduces
Sulfur Dioxide Emissions

Figure 99. Sulftir dioxide emissions from
electricity generation, 1995-2030
(million short tons)
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SO2 emissions are expected to fall as CAIR takes
effect [88]. States can achieve mandated emissions
reductions in two ways: by requiring power plants
to participate in the EPA’s national cap and trade
program or by,. requiring them to meet State-specific
emissions mile~tones through more stringent mea
sures chosen by the State.

In the AE02008 reference case, national SO2 emis
sions from electricity generation fall from 9.4 million
short tons in 2006 to 3,7 million short tons in 2030
(Figure 99). The reduction results from both the use
of lower sulfur coal and the addition of flue gas
desulfurization equipment on 125 gigawatts of exist
ing capacity. SO2 allowance prices rise steadily
throughout the early years of the projection, to more
than $1,000 per ton in 2020. After 2020, allowance
prices slowly decline, settling below $500 in 2030.

SO2 emissions are not greatly affected by economic
growth, as shown in the AE02008 high economic
growth case. Because many new coal-fired power
plants are equipped to remove SO2 before beginning
operation, the allowance prices are no higher than in
the reference case. Fuel price assumptions have a
greater effect on SO2 allowance prices. With more
CTL plants expected to be constructed in the high
price case, potential emissions from coal combustion
increase; however, CTL plants are expected to have
SO2 capture equipment that is more efficient than the
equipment on advanced pulverized coal plants. Thus,
in the later years of the projection, SO2 allowance
prices are slightly lower in the high price case than in
the reference case.

Nitrogen Oxide Emissions Also Fall
As CAIR Takes Effect

Figure 100. Nitrogen oxide emissions from
electricity generation, 1 995-2030
(million short tons,~
JO :.hI~bt0~P.. Projci~tion&

-. -~ -

6~-

:1*1111 ~12j 2

-10~i$ 2000 200~3 -2010- 20J~ 2020 2025 2030-

CAIR also mandates NO~ emission reductions in
28 States and the District of Columbia [89], The
required reductions are intended to reduce the
formation of ground-level ozone, for which NO~ emis
sions are a major precursor. As with the CAIR
mandated SO2 reductions, each State can determine
a preferred method for reducing NO~ emissions.
AE02008 assumes that all the States covered by
CAIR will participate in interstate trading of
allowances.

In the A.E02008 reference case, national NO~ emis
sions from the electric power sector fall from 3.4 mil
lion short tons in 2006 to 2.2 million short tons in
2030 (Figure 100). Because the CAIR caps are inflexi
ble, different assumptions in the high and low eco
nomic growth and high and low price cases have little
affect on cumulative NO~ emissions. The projections
for cumulative NO~ emissions over the projection
period are lowest in the low economic growth case—
0.5 percent lower than in the reference case.

After mandatory compliance begins, NO~ allowance
prices range between $2,500 and $3,400 per ton
emitted in the reference case, tending to rise as the
emission caps tighten. In 2030, selective catalytic
reduction equipment is projected to have been added
on an additional 98 gigawatts of coal-fired generating
capacity in the reference case. In the high economic
growth case, NO~ allowances are more costly. The
construction of more coal-fired power plants to meet a
higher level of demand for electricity, and the result
ing need for additional retrofits, pushes allowance
prices to approximately $3,800 in 2025, after which
the price stabilizes.
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Comparison with Other Projections

Only Global Insights, Inc. (Gil) produces a compre
hensive energy projection with a time horizon similar
to that of AE02008. Other organizations, however,
address one• or more aspects of the U.S. energy
market, The most recent projection from Gil, as well
as others that concentrate on economicgrowth, inter
national oil, prices, energy consumption, electricity,
natural gas, petroleum, and coal, are compared here
with the AE02008 projections.

Economic Growth

Projections of the average annual GDP growth rate
for the United States from 2006 through 2010 ra~e
from 2.4 percent to 2.8 percent (Table, 7). GDP grows
at an’annual rate of 2.4 percent in the AE02008 refer-.
once case over the period, significantly lower than the
projectIons made, by the Office of Management and
Budget ‘(0MB),’ the ‘Congresàiónal Budget Offic~
(CBO), the Interindustry Forecasting Project at
the University of Maryland (INFORUM), the Social
Security Administration (SSA), and Energy Ventures
Analysis, Inc. (EVA).. The A13J02008 projection is’
‘slightly lower than the projections by the Interna
tional Energy Agency (lEA) and GIl. The consensus
Blue Chip projection is for 2.5-percent average annual
growth from .2006 to 2010.’

The range of GDP growth rates is wider for the period
from 2010 to 2015, with’ projections ranging from 2.3
to 2.9 percent per year. The average annual ODP
growth of 2.7 percent in the AE02008 reference case,
from 2010 to 2015 is around the middle of. the range~
The Blue Chip consensus’prOjection is 2.9 percent,
CBO projects 2.8 percent, and EVA projects 2.7 per
.cent for the annual rate of GDP growth from 2010 to’
2015. The Gil, INFORUM, SSA, and lEA projections
all are below the AE02008 reference case projection.

There are few ‘public or private projections of GDP
growth rates for the United States that extend to
2030. The ‘AE02008 reference case reflects a GDP
growth rate’ after 2015 that is consistent with the
trend in expected labor force and productivity
growth.

World Oil Prices

Comparisons of the AE02008 cases with other oil
price projections are shown in Table 8. In .the
AE02008 reference case, woi’ld oil prices fall from
current levels through 2016 and then gradually rise
to about $70 in real terms (2006 dollars). Given cur~
rent prices, this pattern of falling and then rising oil
prices is seen in all the long-term projections, with the
exception of Gil’s, which consistently declines. The
world oil price measures are, by and large, compara
ble across projections, EtA reports the price of
imported low-sulfur,’ light crude oil, approximately
the same as the West ‘Texas Intermediate (WTI)
prices that are widely cited as a proxy for world oil
‘prices in the trade press. The only ‘series that do.es
not report projections in WTI terms is lEA’s World
Energy Outlook 2007, where prices are expressed as
the lEA ‘crude oil import price.

Recent volatility in crude oil prices demonstrates the
uncertainty inherent in the projections. Gil and
Deutsche Bank AG (DB) ‘define the range of crude oil
price projections for 2030, from a low of about $46 per
barrel (GIl) ‘to a high of $80 per barrel (DB). The
AE02008 reference case projects a world oil price of
about $70 per barrel in 2030.

Total Energy Consumption

The A.E02008 reference case projects growth in
end-use consumption of natural gas and coal, in
contrast to the decline that occurred from 1980 to
2006 (Table 9). Natural gas consumption increases in
the residential, commercial, and industrial sectors,
despite relatively high ‘prices. Natural gas is cleaner
than other fuels, does not require on-site storage,
and has tended to be priced competitively with oil for

Table 7. Projections ofannual average economic
growth rates, 2006-2030

‘90

NA — not available,

Table 8. Projections of world oil prices, 2010-2030
(‘2006 dollars per barrel)

Piojecteon 2010 2015 2020 2025- 20.30
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Comparison with Other Projections

heating. Coal consumption as a boiler fuel in the com
mercial and industrial sectors declines slightly, with
potential use in new boilers limited by environmental
restrictions; however, the projections for industrial
coal consumption include its use in CTL plants, a
technology that becomes competitive at the level of oil
prices in the AE02008 reference case.

The projected growth in consumption of liquids,
including ethanol blends and biodiesel, from 2006 to
2030 is about one-half the average from 1980 to 2006.
Transportation is the only sector for which liquids
consumption grows significantly, offsetting a moder
ate decline in the industrial sector. Continued growth
in fuel use for transportation is expected despite high
prices and newly tightened fuel economy standards,
With economic growth, an increasing population, and
rising per capita income, demand for personal and
freight travel increases, Although the average fuel
efficiency of vehicles and airplanes continues to
improve, the changes under currently enacted laws
and regulations are insufficient to offset the projected
increase.in transportation demand.

Growth in eiectriëity use continues in the AE02008
reference case, but the pace slows to one-half the
historical rate. Some rapidly growing applications,
such as~• air conditioning and computers, slow as
penetration approaches saturation levels. Electrical
efficiency also continues to improve, due in large part
to efficiency standards, and the impacts tend to accu
mulate with the gradual turnover ofappliance stocks.

The AE02008 reference case includes higher growth
in primary and delivered energy from 2006 to 2030
than is shown in the outlook from Gil. Gil projects
little growth in end-use natural gas consumption,
whereas the A13J02008 reference case projects contin
ued growth in the industrial and buildings sectors
(see Table 11). GIl’s projected growth rates for liquids
consumption are somewhat higher than those in the
AJ3J02008 reference case, which includes the impacts
of EISA2007 on vehicle fuel economy (see Table 12),
Differences between the AE02008 reference case and
the Gil projections for end-use coal consumption re
suit from a projected increase in coal use for CTL in
the AE02008 reference case (see Table 13).

Electricity

Table 10 provides a summary of the results from
the AE02008 cases and compares them with other
projections. Electricity sales in 2015 range from a
low of 4,059 billion kiiowatthours in the AE02008

reference case to a high of 4,319 billion kilowatthours
in the EVA projection. EVA shows higher sales in the
commercial and residential sectors and somewhat
less growth in industrial sales than do the AE02008
reference case and Gil. The projections for total elec
tricity sales in 2030 are about the same (4,705 billion
kilowatthours) in the .AE02008 reference case and
Gil, which are the only projections available that
include 2030, The annual rate of demand growth in
both projections is about 1.1 percent per year from
2006 to 2030. In 2030, GIl includes lower growth in
the commercial sector and higher growth in the resi
dential and industrial sectors compared with the
AE02008 reference case.

The AE02008 reference case shows a decline in real
electricity prices early in the projection period and
then rising prices at the end of the period because of
increases in the cost of fuels used for generation and
increases in capital expenditures for construction of
new capacity. The higher fossil fuel prices and capital
expenditures in the AE02008 reference case result in
an increase in the average electricity price, from 8.5
cents per kilowatthour in 2015 to 8.8 cents per
kilowatthour in 2030. GIl shows slightly declining
prices over the projection period.

Total generation and imports of electricity in 2015
are similar in the AE02008 reference case, EVA, and
Gil. In contrast, the lEA projection for electricity
generation in its World Energy Outlook 2007 is higher
than the other projections. Generation in the lEA
projection for the United States (which exclude im
ports of electricity) are higher than in any of the
AJ3J02008 cases. Consistent with higher total elec
tricity generation, the lEA projection includes higher

Table 9. Projections ofaverage annual growth rates
tbr energy consumption, 2006-2030 (‘percent.) -

Projections
.IIista,”y -

Energy use 1980-2006 AE02008 GIl - -

Dclwersd cnergv~
04 . 0,6’

Nati~alga~ ~O.1 - 0.6 -0.3
c’oai •-- -1,7 0.6 ~01
.~JtectWcii~) -.: 2.2 i.1 1.0

Total 0.7 : 0.7 .0.6

EleOti~icity losses 1.8 0.8 ~‘ 04

Prmcary energy 0.9 0.7 :. 0.6

~Excludes consumption by electricity gcnerators in the electric
power sector; includes consumption for end-use combined heat and
power generation..

**lncludes ethanol and biodiesel used as transportation fuels.
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9ncludes supplemental gaseous fuels, For EVA, represents total oil and natural gas. b~~Other~~ includes conventional hydroelectric,
pumped storage, geothermal, wood, wood waste, municipal waste, other biomass, solar and wind power, batteries, chemicals, hydrogen,
pitch, purchased steam, sulfur, petroleum coke, and miscellaneous teôhnologies. °‘Other” includes sales of elecI~rici~’ to government,
railways and street lighting authorities, aEXA, capacity is net summer capability, including QHP plants. Gil capacity is nameplate,
excluding cogeneration plants,

OIIP combined heat and power. NA aot available~
• Sources: 2006 and AE02008: AE02008 Natiunal Energy Modeling System, run A1i02008 .0080208F. Gil: Global Insight, Inc., Global

Petroleum Outlook, Fall 2007 (Lexington, MA, November 2007). EVA: Energy Ventures Analysis, Inc., FUbJLCAST: Long-Term Outlook
(August 2007). lEA: International Energy Agency, World Energy Outlook 2007 (Paris, France, November 2007).
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levels of generation from fossil and renewable tech
nologies in 2030 than do the AE02008 cases. The
requirements for generating capacity are driven by
growth in electricity sales and the need to replace
existing units that are uneconomical or are being
retired for other reasons. Consistent with its projec
tions of electricity sales, EVA shows higher growth in
fossil-based generating capacity through 2015 corn-
pared with the AE02008 reference case and Gil;
however, EVA projects considerably less renewable
capacity in 2015 than do AJ3J02008 and Gil.

Renewable generating capacity in 2030 is higher in
the Gil projection than in the AE02008 reference
case, Nuclear capacity in 2030 is 115 .gigawatts in
both AE02008 and Gil, as a result of the incentives
included in EPACT2005. The AE02008 reference
case includes 2.7 gigawatts of uprates for nuclear
capacity and 4.5 gigawatts of nuclear plant retire
ments by 2030 as their operating licenses expire.
Environmental regulations are important determi
nants in ~the sel~ction of the technologies used for
electricit~eneraiion. In addition to existing environ
mental pi’ogram ~requirements for electric utilities,
EVA assUmes that new, stricter national emissions
limits will be adopted for emissions of SO2 and NO~
by 2015. EVA also includes an escalating penalty on
CO2 emissions, starting at $6 per ton in 2013.

The AE02008 cases include the impact of the EPA’s
CAIR regulation t90]. Because AE02008 includes
only current laws and regulations,. however, it does
not assume any tax on CO2 emissions. Restrictions on
CO2 emissions could change the mix of technologies
used to generate electricity.

Natural Gas
In the AE02008 reference case, total natural gas con
sumption increases through 2016 and then declines
through 2030 as higher natural gas prices cause
natural gas to lose market share to coal for electricity
generation. With the exception of the Altos and
Strategic Energy and Economic Research, Inc.
(SEER) projections, all the other projections show
total natural gas consumption increasing throughout
the projection period (Table 11). Altos shows a slight
decline in natural gas consumption after 2025, and
SEER shows almost the same level of natural gas
consumption in 2025 and 2030.

The AE02008 reference case projects the lowest level
of natural gas consumption in 2030, followed by
Gil (about 1,0 trillion cubic feet more than in the

A1!J02008 reference case). The Altos projection in
cludes the highest growth rate for natural gas
consumption, reaching 31.4 trillion cubic feet in
2030 (8.7 trillion cubic feet more than in the
AE02008 reference case). The DB and SEER projec
tions show natural gas consumption in 2030 exceed
ing the AE02008 reference case projection by 1.8 and
2.6 trillion cubic feet, respectively, Although Gil
projects lower natural gas consumption in 2030 in the
residential and commercial sectors than is projected
in the AE02008 reference case, natural gas con
sumption for electricity generation in the Gil projec
tion is much greater, resulting in higher aggregate
natural gas demand than in the AE02008 reference
case, highlighting a fundamental difference between
the AE02008 reference case and Gil projections.
This difference can also be seen in a comparison of
the AE02008 reference case with the Altos and
SEER projections. V

Natural gas consumption in the electricity generation
sector grows from 2006 to 2015 in all the projections.
(DB does not include projections by sector.) Growth in
natural gas consumption in the electricity generation
sector is projected to continue through 2025 in the
EVA and Altos projections. The AE02008 reference
case shows the lowest level of natural gas consump
tion for electric power in 2025, at 5.3 trillion cubic
feet, followed by Gil at 6.9 trillion cubic feet.

All the projections show a decline in natural gas con
sumption in the electric power sector between 2025
and 2030, with the largest decline in the Altos projec
tion (0.8 trillion cubic feet). Despite the large decline
in natural gas consumption in the power sector in the
Altos projection, it remains the most optimistic, with
2030 consumption projected to be 13.6 trillion cubic
feet—almost three times higher than that in the
AE02008 reference case. The SEER and Gil projec
tions for natural gas consumption in the electric
power sector in 2030 are higher than the AE02008
reference case projection by 2.0 trillion cubic feet and
1.8 trillion cubic feet, respectively.

Each of the projections—with the exception of Gil,
which expects a slight decline between 2015 and
2030—shows steady growth in natural gas consump
tion in the combined residential and commercial
sectors. Altos projects the highest level of natural gas
consumption in the residential and commercial sec
tors in 2030 (9.3 trillion cubic feet), followed by SEER
(9.0 trillion cubic feet) and the AE02008 reference
case (8.8 trillion cubic feet). Each of the projections
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shows an increase in natural gas consumption in the the highest production level in 2015, at 21.9 trillion
industrial sector between 2006 and 2015. That cubic feet. The AE02008 reference case and Gil
growth is projected to continue through 2025 in each show domestic natural gas production continuing
of the projections except for the AE02008 reference to increabe throl,1gh 2025, whereas DB, SEER,
case. The AE02008 projection shows a decline in and Altos show production declines over the same
industrial sector natural gas consumption between period. For example, DB shows domestic natural gas
2025 and 2030, whereas the other projections show production declining by 3.0 trillion cubic feet
increases, from 2015 to 2025. All the projections show a

decline in production from 2025 to 2030, with DB
Domestic natural gas production increases through projecting the lowest level of production in 2030
2015 in each of the projections, with Altos showing (3.0 trillion cubic feet lower than in the AE02008

Table 11. Comparison of natural gas projections, 2015, 2025, and 2030 (‘trillion cubic feet, except where noted)

‘.41’ 2 0 Otlu. proa ___________________

P~ ‘cc ~ ‘~‘refe en e . :‘..

________________________cse GIl B L~ER toe
:20) ________________________

Drp gas ro a a 1 .18 6~ NA 6 2 21 90
Net zmpoi ts _- .3 4 55 781 471 6 75

Pipeline 2 94 9 1 0 .305 NA 1 68 2 0.3
LN& V 62 - 2 69 1 76 .3 04 .3 03 4 72

£on~ffiflpf ion 21 66’ -. 3 23 ,25 56.. 2 74 25 79 2698
,Res~.dent~al — 437 5, 4 9 06 NA 508 505
Corrimerual 283 320 303 23 VII - 312 341
Jndu&V’ia/ — 6 19 700 0 NA 6 66 — 754
~liçfricityginerato&’ 624 - —~ 656 69? 824 NA - 903 .:. 1095
Uther — — - 1 7.3 — 1 88 1 79 1 94 NA —— - 1 89 NA

Lower 48 wel1h~ad pi u.c (2006 d61’lãrs ~er thaucand cutu test.) 1 —

- (342 5d(~ 654 549_ 775 - 689 - 607
l2nd v,’~e p1 ~cee (2006 dollars per Ihoucand .ubic feet) — — — — —

~ 80 - 1~,64 11 98 NA NA 11 45 NA
com,ne,czol 11 85 — 9 07 1069 lvA — NA. 9 9/_ — NA

1ndu~ti ~ g ‘ 789 - 6 33 8 38 NA NA 6 9’? NA
Ek.p~ri~a’~ &~rzerato~s 707 — 6 10 715 NA NA 7 Q1 — N4

2025 _____ -

Dlygasproductwna 1851 1~0 187.3 N4 1668 1943 1960

Net zntporf~ 3 46 3213 4 64_ — -— 9 49 NA 548 ,l 3
Pipeline 2 94 0 68 1 28 2 14 NA —Odd —: — 2 76
LAVG 052 2 60 336 705 — ~ 77 5 04 11 10

~9nsumptzon 21 66 22 99 2352 2821 _21 26 2527 — — 31 70
R,iiideitial 4 37 — 5,19 ‘4 98 509 NA ‘~ .31 —— 5 Jo

~ 83 3 63 98 — - 3 51 NA -- J40 .3 87
Inthii..frzal1’ - 649 6 96 6 96 199 NA 708 829
ElectriLily pc ncrato,s2 62 5 3 690 945 NA 749 14 99
Othe, C 73 2 02 1 7,1 2 17 NA - 2 00 NA

LOU,Li 48 we c pie e 006 1 s pe io d a, tea,) “ -

4 86 63 540 7V5 6 10 700
End use pi ices 20 6 d 1 wuna ubzo ~c t,l ‘ — - —

.3 80 2 9 11 9 NA NA 11 13
‘Oomi~iërcva~ 18 107 1063 NA ~. NA — 940 NA
Industria1~ — 676 8.32 NA -— — N4 — —- 64r - NA
Elecfrruly gcnsrato, s 707 644 720 NA N4 - 7 03 — NA

NA not available. See notes and sources at end of table,
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reference case). The AE02008 reference case shows
domestic natural gas production of 19.4 trillion cubic
feet in 2030—the highest of all the projections.

Net imports of natural gas are projected to increase
between 2006 and 2015 in each of the projections.
EVA projects the highest level of net imports at
7.8 trillion cubic feet, followed by Altos at 6.8 trillion
cubic feet. The AE02008 reference case shows a drop
in net imports between 2015 and 2030. Each of the
other projections shows net imports increasing
steadily from 2006 to 2030. (Altos expects an increase
of 12.1 trillion cubic feet over the period). In addition,
all the projections show the increases in net imports
coming primarily from LNG. Altos projects LNG net
import levels in 2030 that are more than four times
higher than in the AE02008 reference case, at
12,6 trillion cubic feet. The projections have LNG.
imports accounting for between 13 and 40 percent
of consumption in 2030.

Given that the average welihead price for natural gas
in 2006 was $6.42 per thousand cubic feet, each of the
projections shows a decline in natural gas prices
between 2006 and 2015, except Gil, OB, and SEER.
The A13J02008 reference case projects the lowest aver
age welihead prices in 2015, at $5.36 per thousand
cubic feet. EVA’s natural gas price projection for 2025
is lower than that in the AE02008 reference case, by
about $0.46 per thousand cubic feet, DB consistently
projects relatively high average welihead prices be
tween 2006 and 2030, Among the other projections,
only GIl and SEER project an average natural gas
welihead price below that in the AE02008 reference
case in 2030. In the Gil and SEER projections,
natural gas wellhead prices in 2030 are below the
A13J02008 reference case projection by $0.15 and
$0.13 per thousand cubic feet, respectively, and well-
head prices in the DB and Altos projections exceed the
AE02008 reference case projection by $1.12 and
$0.82 per thousand cubic feet, respectively.
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Table 11.~Compa~’ison ofnatural gas projections, 2015, 2025, and 2030 (continued)
cubic feet, except where

ibci~ ~dmerators 701 718 Y 0.5 NA

NA not available,
“Does not include supplemental fuels. 1>Includes consumption for industrial OHP plants, a small number of electricity-only plants, and

GTL plants for heat and power production; excludes consumption by nonutility generators. “Includes lease and plant fuel. dlncludes
consumption of energy by electricity-only and CHP plants whose primary business is to sell electricity, or electricity and heat, to the public.
Includes electric utilities, small power producers, and exempt wholesale generators. “Includes lease, plant, and pipeline fuel and fuel
consumed in natural gas vehicles. 1’f2006 wellhead natural gas prices for Gil, DB, and SEER are $6.41, $6.42, and $6.24 per thousand cubic
feet, respectively. gThe 2006 industrial natural gas price for Gil is $8.89 per thousand cubic feet,

Sources: 2006 and AE02008: AE02008 National Energy Modeling System, run AE02008.D030208F. Gil: Global Insight, Inc., 2007
U.S. Energy Outlook (October 2007). EVA: Energy Ventures Analysis, Inc., FUELCAST: Long-Term Outlook (August 2007). Dli: Deutsche
Bank AG, e-mail from Adam Sieminski on November 18, 2007. SEER: Strategic Energy and Economic Research, Inc., Natural Gas
Scenarios (March 2008). Altos: Altos World Gas Trade (September 2007).
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The price margins for delivered natural. gas can vary
significantly from year to year. In 2006, margins in
the residential, commercial, iiidustrial, and tran~por~
tation sectors were notably higher than the historical
average, and margins in the . electricity generation
sector were somewhat lower than the historical aver
age.. Starting from a level more representative of the
historical average, margins in the electricity genera
tion and industrial sectors generally decline in the
ABJ02008 reference case. In contrast, margins in the
resid~ntiaI and commercial sectors increase, because
the fixed costs are spread over lower per-customer
volumes as consumption is reduced by efficiency’
improvements. . . .. .

End-use prices in the Gil and SEER projections imply
declining margins in all sectors, with the exception of
the residential. and electricity generation sectors in
tl~e SEER projection, which increase from 2025 to
2030, As a result, the Gil and SEER margins in the
residential and commercial sectors are lowOr than.
those in the AEO200A reference ease projection by be-

• •tween $1.20 and~ $2.20 per ‘thousand cubic feet in’
• 2030. The industriaL margin in ti’e Gil p±’ojeétioh. re~

mains appreciably higher. throughout ~th~ projection
period, whereas, the industrial margin in .the SEER
projectionis between $0.83 and $0.90 per thousand
cubic feet lower than the margins in the AE02008
reference case projection from 2015 to 2030, In fact,
the SEER industrial margins appear to be only a few
pennies in all years.

Petroleum

In the DB projection, real crude oil prices increase.
from $57 per barrel in2010to $80 per barrel in 2030.
In the AE02008 rOference case, real prices decline
from current levels to a low of $57 per’barrel in 2016
before recovering to $70 per barrel in 2030 (Table 8).

Despite the higher crude oil prices in .2030, the import
share of product supplied is much higher in the DE
projection than in the .AE02008 reference case (74
percent and 54 percent, respectively). Although this
may seem counterintuitive given the relative price
projections, it makes sense in terms of the projections
for domestic crude oil production. In the DB projec-.
tion,. U.S. crude oil production declines sharply after
2015, to 4.8 million barrels per day in 2030. (as com-~
pared with 7.2 million barrOls per day in 2030 in the
AE02008 reference case) (Table 12).. In fact, U.S.
crude’oil production is’lower in all the other projec
tions than in the AEO2QO8 reference case.

96

It is clear that expectations about U.S. crude oil pro
duction potential are among the main factors ac
counting for the differences between the AE02008
reference case and the other projections. In addition,
unlike the DB analysis, the AE02008 reference case
incorporates the effects of the new RE’S mandate un
der EISA2007, which was signed into law in Decem
ber 2007~ With’ the new RFS mandate, biofuel
consumption is projected to inCrease significantly
through 2022, with more than 23 billion gallons of
ethanOl and almost 4 billion gallons of biomass-based
diesel consumed ‘in 2080, which would displace a sig
nificant amount of fOssil fuel use in the transporta
tion sector and, thereby, further reduce imports.

Gil’s long-term projections. for the crude oil price in
2025 ($48 per barrel) and 2030 ($46 per barrel) are
much lower than ‘those in. the AE02008 reference
case (see Table 8). The Gil projection for import share
of. product supplied is therefore higher than the
AE02008 reference case projectiop~

In contrast with crude Oil production~ projections for
NGL productioh are shnilar .. (remaining relatively
constant) ‘in the EVA, GlI, and ~4~O2OO8 reference
case projections through 2030~ The. exception is DB,
which projects a 26-percent decrease in domestic
,NGL~ production from 2015 to 2030.

Based on expectations of continued economic growth,
all the petroleum projections show continued growth
in product demand; however, growth ii~ demand for
individual petroleum products varies considerably. In
particular, motor gasoline demand, which in the DB
projections increases to 11.2 million barrels per day in
2030, is much lower in the Gil and AE02008 rOfer
ence case projections. Motor gasoline demand de
clines over time in the Gil and AE02008 reference
case projections (although it increases slightly from
2025 to 2030 in the AE.02008 reference case). The Gil
projection includes, a substantial increase in ethanol
use. (not shown in the Table 12) stemming from new,
unspecified motor fuel policies, with ethanol making
up more than 30 percent of total U.S. motor gasoline
sales in 2030, A 30-percent share is in excess of even
the new RFS mandate. incorporated in AE02008.

Looking at other petroleum products, the GIl projec
tions fo~ jet fuel, and distillate demand are higher
than those in the .DB and AE02008 reference case
projections, The .most likely explanation is that, al
though ldng-term GDP growth rates are similar in
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NA Not available,
Sources: 2006 and AE02008: AEO200S National Energy Modeling System, run AE02008.0030208F. Gil: Global Insight, Inc., 2007

U.S. Energy Outlook (October 2007). EVA: Energy Ventures Analysis, Inc., FUELCAST: Long-Term Outlook (August 2007). DB: Deutsche
Bank AG, e-mail from Adam Sieminski on November 18, 2007. lEA: International Energy Agency, World Energy Outlook 2007 (Paris,
France, November 2007).
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Table 12. Comparison ofpetroleum projections, 2015, 2025, and 2030
(million barrels per day, except where noted) _______________________________________

A1i02008 Oth1~v’pr~eiitiofls
Pr4jectk)1 200G ref éncl 011 EVA D13 f lEA

2015
7~80 ~ 637 ~‘4O ~ 6’47 670

~616 ., 4~ IcTA
175

-. 26.30

9.25 8,91 S~~7 , NA 11.20 = --

1,&3 2;.31 --2.61.- NA 2.00 NA

: .- 4.17 5.~3 0.69 NA 6.~3 NA
0.69 0.70 0.63 NA 0.77 NA
4.1 5.35 3.35 ~A 5.9b NA

‘iroduct supplied . _-.-_ -. . -.

60-~ . 54 -65 NA - NA
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the Gil and AE02008 projections, the long-term cost
of crude.oil, as noted above, is much lower in the Gil
projection, 1eading~to cheaper refined products and
therefore higher demand, FinalIy~. among the outside.
projections, TEA projects the lowest level of U.S. pe
troleum demand in 2030—probably as a result of
TEA’s assumption of slowei~ U.S. economic growth.
Further, although TEA’s pi~ojection for U.S. . petro
leum demand in 2030 (23.9 million barrels per day)
is higher than in the AE02008. reference case (22.8

• million barreTh. per day), it would in fact be about
~1 million barrels per day. lower if AE02008 had not
included the EISA2007 RFS mandate. .

Coal
Coal production, trade, and price projections vary
considerably across the three projections shown in
Table .13. The coal projection in the. AEO2008 refer
ence ~case reflects existing environmental laws that
regulate 802, N0~, and. mercury emissions. The
AE02008 reference case projections for coal con
sumption, production, and imports are generally
higher than the pr.~ject.iOns from other sources.

All the projections show increases in total• coal
consumption over their projection periods. In the
AE02008 reference case, total coal consumption
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grows by an average of 1.1 percent annually from
2006 to 2015, to 1,225 million tone in 2015. Although
the reference case projection is 82 million tons higher
than the corresponding projection from Gil, it is
similar to the EVA projection for total coal consump
tion in 2015. For 2025, both EVA and Gil project
lower levels of total coal consumption than the
A13J02008 reference case (8 percent and 20 percent
lower, respectively). For 2030, Gil projects total coal
consumption of 1,175 million tons, 370 million tons
less than in the AE02008 reference case.

Coal use in the electricity sector accounts for a large
percentage of total coal consumption in all years
across all the projections. Relative to the AE02008
reference case, both EVA and Gil project slower
growth in coal consumption for the electric power
sector over the entire projection period. EVA projects
total coal consumption in the electricity sector of
1,224 million tons in 2025, 79 million tons less than in
the AE02008 reference case. The Gil projection for
coal consumption in the electric power sector is
1,088 million tons in 2030, 313 million tons less
than in the AR02008 reference case.

The AE02008 reference case includes the introduc
tion of CTL production before 2015, with coal use at

Table 13, Comparison of coal projections, 2015,2025, and 2030 (continued)
(million short toizs, except where noted~ _______________ _______________________-

—j A~O2008 OtlzLrproJu.tsoiu,Projectum 2006 reterezue ——

- __ L~_~~___L ~__~II - LVA

—- 2030 —

Pioduction 1 163 1 455 1 168 NA
~oi~rtinpiio~t by se~tJ,~. -. - :-. -

Ele.,trio power 1 026 1 401 1,088 NA
Coke plants 23 18 11 NA
Coal to lzquzds 0 64 NA NA
Othe, industrzal/buzlchng~ 65 62 66 NA
lotal 1 114 1,546 1 175 NA

Net Coal exports.: - •: 15.3 :77,7- . . .. -7,0 - NA
Export~ . 49.6 : ~4,6 -: 30.8 .

-Imparts 34.3 112.3 : - NA• -

.Mjnenwuth pr~ice . - - . --

(‘20O6.dollars per ~ho~t ton.) 24.68 - 28.32 18.42 NA
12006 dollars -pçr million Blu) •. . 1.21 121~ 0.88 ~ : NA

Average delivered price - - -

to electricity generator8 -- .

(2006 doilari. per sho~t ton.) - 88.8g. 35.03 30.42 •- - NA
(2006 dollars per )nithon But) 1,6~ 1.76 -. 1.45~ NA -~

Bin British thermal unit. NA Not available.
“Imputed using heat conversion factor implied by US steam coal consumption figures for the electricity sector.
Sources: 2006 and AE02008: AE02008 National Energy Modeling System, run A.E02008.D030208F. GIL Global Insight, Inc., 2007

U.S. Energy Outlook (October 2007). EVAz Energy Ventures Analysis, Inc., FUELCAST: Long-Term Outlook (August 2007).
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CTL plants increasing to 64 million tons (4 percent of
total coal consumption) in 2030, Projections for CTL
production from the other organizations are not
available for comparison [91].

The AE02008 reference case, Gil, and EVA projec
tions show relatively constant coal consumption lev
els both at coke plants and in the other industrial/
buildings sector. The EVA projections do not extend
to 2030. GIl shows 21 million tons of coal consump
tion at coke plants and 66 million tons in the other
industrial/buildings sector in 2030, both somewhat
higher than in the AE02008 reference case (18 and 62
million tons, respectively).

In the AE02008 reference case, minemouth coal
prices are generally flat over the projection period.
EVA projects an increase to $26.49 in 2025, the
highest among the projections compared, whereas the
AE02008 reference case projection for 2025 is $22.75
per ton, In Gil’s projection, the minemouth coal price
falls to $18.42 per ton in 2030. GIl also projects a
decline in delivered coal prices to the electric power
sector through 2030, from $31.92 per ton in 2015 to
$30.42 per ton in 2030—.-$4.61 per ton less than in the
AE02008 reference case.
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In the A.E02008 and EVA projections, domestic coal
production increases tä meet rising demand, Produc
tion grows most rapidly in the .AJ3J02008 reference
case, averaging 0.9 percent per year from 2006 to
2030. The EVA projection through 2025 closely re
sembles that in the AE02008 reference case, and
the Gil projection is significantly lower. In the Gil
projection, coal production totals 1,168 million tons in
2030, 20 percent less than in the AE02008 reference
case (1,455 million tons).

U.S. coal. exports represent a small percentage of
domestic. coal production in all the projections. Coal
exports decline to less than 35 million tons in 2030 in
the AE02008 referenc.e case and Gil projections, and
the United States is represented as a net importer of
coal after 2015. in all the projections In the EVA pro
jection, U.S. coal imports increase to 45 mjllion tons
in 2025, and exports are 43 million tons in 2025. In
the AE02008 reference case, U.S. coal imports in
2015, 2025, and 2030 are higher than in the other
projections.
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List of Acronyms

A,B.

ABT

ACP

AEO

AR02007

AE02008

AMFA.

ANWE

BTL

Btu

OAAA9O

CAFE

CAIR

CAMR

CBO

CCs
CEPCI

CEPS

CFL

CHP

CO2

CTL

DB

DOE

E&P

RiO

Greenhouse gases

Global Insights, Inc.

Gas-to-liquids

Gross vehicle weight rating

House of Representatives

ICAP

IRA

IECC

INFORUM

JAS

LDV

LED
• LNG

MMS.

mpg

MSAT2

MSW

NEMA

NEMS

NGL

NOAA

NO~
• NRC

• NYMEX

OECD

0MB

OPEC

P,L.

PTC

Pv
R&D

REC

•RFG

RFS

RGGI

RPS

SEER

SB.

• SO~

SSA

STEO

ULSD

USGS

VEETC

wCI
WTI

International Carbon Action Partnership

International Energy Agency

International Energy Conservation Code

Interindustry Forecasting Project at the
University of Maryland

Joint Assoeiation~ Survey of Drilling Costs

Light-duty vehicle

Light-emitting diode

Liquefied natural gas

Minerals Management Service

Miles per gallon

Mobile Source Air Toxics Rule (February 2007)

Municipal solid waste

National Electrical Manufacturers Association

National Energy Modeling System (EJA)

Natural gas liquids

National Oceanic and Atmospheric Administration

Nitrogen oxides

U.S. Nuclear Regulatory Commission

New York Mercantile Exchange

Organization for Economic Cooperation
- ~nd Development

Office of Management and Budget

Organization of the Petroleum Exporting Countries

Public Law

Production tax credit

Solar photovoltaic

Research and development

Renewable energy certificate

Reformulated gasoline

Renewable Fuels Standard

Regional Greenhouse Gas Initiative

Renewable Portfolio Standard

Strategic Energy and Economic Research, Inc.

Senate Bill V

Sulfur dioxide

Social Security Administration

Short-Term Energy Outlook (EIA)

Ultra-low-sulfur diesel

U.S. Geological Survey

Volumetric Ethanol Excise Tax Credit

Western Climate Initiative

West Texas Intermediate (crude oil)
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Assembly Bill

Averaging, banking, and trading

Alternativ~e compliance payment

Annual Energy Outlook

Annual Energy Outlook 2007

Annual Energy Outlook. 2008

Alternative Motor Fuels Act of 1988

Arctic National Wildlife Refuge

Biornass-to-liquids
V British thermal unit

Clean Air Act Amendments of 1990

Corporate Average Fuel Economy

Clean Air Interstate Rule

Clean Air Mercury Rule

Congressional Budget Office

Carbon capture and sequestration

Chemical Engineering Plant Cost Index

Clean energy portfolio standard

Compact fluorescent light bulb

Combined heat and power

Carbon dioxide V

Coal-to-liquids

V Deutsche Bank AG V

U.S. Department of Energy

Exploration and production

Gasoline containing up to 10 percent ethanol
by volume

E85 Fuel containing a blend of 70 tO 85 percent ethanol
and 30 to 15 percent gasoline by volume

EIA Energy Information Administration

EISA2007 Energy Independence and Security Act of 2007

EOR Enhanced oil recovery V

EPA U.S. Environmental Protection Agency

EPACT1992 Energy Policy Act of 1992

VEPACT2005 Energy. Policy Act of 2005 • V

EVA Energy Ventures Analysis, Inc.

FFV Flex-fuel vehicle

FY • Fiscal year

GDP Gross domestic product

GHGs

Gil

GTL

GVWR

H.R.
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Notes and Sources

Text Notes
Overview

1. Some possible policy changes—notably, the adoption
of policies to limit or reduce greenhouse gas emis
sions—could change the reference case projections sig
nificantly. ETA has examined many of the proposed
greenhouse gas policies at the request of Congress; the
reports are available on ETA’s web site (see “Responses
to Congressional and Other Requests,” web site www.
eia.doe.gov/oiaf/servicerpts.htm).

2. The comparison of production levels was adjusted for
the entry of Angola into OPEC in late 2007.

3. See Energy Information Administration, Annual
Energy Outlook 2007, DOE/EIA-0383(2007) (Washing-
ton, DC, February 2007), “Impact of Rising Construc
tion and Equipment Costs on Energy Industries,” pp.
36-41.

4. Vehicles that can use alternative fhels or employ elec
tric motors and advanced electricity storage, advanced
engine controls, or other new technologies.

5. Biodiesel is defined as the monoalkyl esters of fatty
acids derived from plant or animal matter and suitable
for use in a diesel engine.

6. BTL is defined as diesel ftzel and other liquid hydrocar
bons produced by a Fischer-Tropsch process using
cOllulosic biomass as feedstock.

Legislation and Regulations

7. U.S.Environmental Protection Agency, 40 CFR Parts
59, 80, 85 and 86 [EPA-HQ-OAR-2005-0036; FRL
8275~4J, RIN 2060-AK7O, “Control of Hazardous Air
Poihitants from Mobile Sources; Final Rule,” Federal
Register, Vol. 72, No. 37 (February 26, 2007), web
site http:lledocket.access.gpogov/2007/pdf/E7-2667.
pdf. Most of the data cited here were taken from this
source.

8. For the complete text of the Energy Independence and
Security Act of 2007, see web site http:// frwebgEte.
acess.gpo.gov/cgi-bin/getdoc.cgi’?dbname=l l0_cong_
publicjaws&docid=f:publl4O. 1 10.pdf.

9. See, for example, web site http://energy.senate.gov/
public/_files/HR6EnergyBillSumniary.pdf,

10. Footprint is the product of track width and wheelbase,
measured in square feet.

11. Energy Policy Act of 2005, Section 1501.
12. “DuPont and B? Reveal Biobutanol Test Results”

Ethanol & Biodiesel News (April 23, 2007).
13. DuPont, “Alternative Fuels and Potential Material

Compatibility Issues,” DuPont Automobile Annual
Fuel Luncheon (April 16, 2008).

14. Energy Information Administration, Annual. Energy
Outlook 2007, DOE-EIA-0383(2007) (Washington,
DC, February 2007), “Legislation and Regulations:
Excise Taxes on Highway Fuels,” p. 25, web site www,
eia.doe.gov/oiaIYarchive/aeoo7,

15. U.S. Department of the Treasury, Internal Revenue
Service, Excise Taxes for 2007, Publication 510
(1/2007) (Washington, DC, Revised January 2007),
web site www.irs.gov/publications/p510,

16. Defense Energy Support Center, “Compilation of
United States Fuel Taxes, Inspection Fees, and Envi
ronmental Taxes and Foes” (June 29, 2007).

17, U.S. Department ofEnergy, Energy Efficiency and Re
newable Energy, Alternative Fuels & Advanced Vehi
cles Data Center, “Volumetric Ethanol Excise Tax
Credit (VEETC),” web site www.eereenergy.gov/afd~’
progs/view_ind_fed.php/afdc/399/0.

18, E85 is a fuel containing a blend of 70 to 85 percent eth
anol and 30 to 15 percent gasoline by volume.

19. VEETC was established by the American Jobs Cre
ation Act of 2004, Section 301. Before VEETC, gaso
line blended with 5.7 percent, 7.7 percent, or 10
percent ethanol received an excise tax reduction equiv
alent to 51 cents per gallon ofethanol; however, the ap
plicable excise tax reduction for blends with any other
ethanol percentage was equivalent to less than 51
cents per gallon of ethanol. ThiH was an especially seri
ous impediment to blenders of E85.

20. VEETC provided biodiesel tax credits for 2005 and
2006. EPACT2005, Section 1344, extended the bio
diesel tax credits through 2007 and 2008.

21. The Food, Conservation, and Energy Act of 2008 (Pub
lic Law 110-234), which was enacted in May 2008, con
tains several taxprovisions related to biofuels, The bill
reduces the ethanol blending tax credit from 51 cents
to 45 cents per gallon once annual ethanol production
or import volumes reach 7.5 billion gallons; extends
the ethanol import tariff through 2010; and estab
lishes a tax credit for cellulosic biofuels of up to $1.01
per gallon produced. The .4502008 reference case pro-.
jects ethanol production of 8.5 billion gallons in 2008,
which would trigger the blending tax credit reduction
in 2009, AE02008 does not include consideration of
the Food, Conservation, and Energy Act of 2008, which
was enacted too late for inclusion.

22. EPACT2005, Section 1347, increased the production
volume for smaii producers from 30 million to 60 mil
lion gallons, starting in 2006,

23. Most of the data cited in this section are taken from
U.S. Environmental Protection Agency, 40 CFR Parts
59, 80, 85, and 86, “Control of Hazardous Air Pollut
ants From Mobile Sources; Final Rule,” Federal Regis
ter, Vol. 72, No. 37 (February 26, 2007), pp. 8428-8570,
web site http://edocket.access.gpo.gov/2007/pdf7
E7-2667.pdf.

24. The subsidy cost—essentially the expected cost of the
program, excluding administrative expenditures—
generally equals the amount of the loan multiplied by
the probability of default, The actual computation of
the “subsidy cost” and whether it represents the
true cost of the program• are complex issues far
beyond the scope of this section ofAE02008, For more
details on government loan guarantee programs, see
Energy Information Administration, Federal Finan
cial Interventions and Subsidies in Energy Markets
2007, SR/CNEAF/2008-01 (Washington, DC, April
2008), web site www.eia.doe.gov/oiaf7servicerpt/
subsidy2/index.html.

25. Energy Information Administration, Annual Energy
Outlook 2007, DOE/EIA-0383(2007) (Washington, DC,
February 2007), “Loan Guarantees and the Economics
of Electricity Generating Technologies,” pp. 48-49,
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• web site www.eia,doe,gov/oiäf/archive/aeo07/pdf/
issues.pdf~ -•

26. U.S. House -of Representatives, 110th Congress, “En
ergy -and ‘Water Development Appropriations Bill,

• 2008” (House Report 110-185, June 11, 2007); and
U.S. Senate, 110th Congress, “Energy and Water Ap
propriations Bill, 2008” (Senate Report 110-127,
July 9, 2007), web site www.access,gpo.govlcongress/
legislation/O8appro.html. -.

27. See, for example, testimony- of -Christopher Crane,
-. - SeniorVice President, Exelon Corporation, and-Presi

dent and ChiefNuclear Officer, Exelon Nuclear, before
the Subcommittee on Energy and - Air Quality,
Committee on -Energy and Commerce, U.S. House of
Representatives (April 24, -2007), web site http:I/.

- energycommerce.house.gov/cmte_mtgs/110-eaq-hrg.
- - 042407.Craue-téstimcny.pdf. . - . -

28, U.S. - Department of Energy, Loan Guarantee- Pro-
• gram, “DOE Releases Information on LOan-Guarantee

-‘ Pre-Applications”-- (March -6, .2007), web site www,
- lgprogram,energy~gov!pr.ess/030607,html.
29. Energy Information Administration, Annual Energy

- Outlook 2005, OOEIEIA-0383.(2005) (Washington, DC,
February 2006), “State Renewable Energy ‘Require-.
ments arid Goals: Status Through 2003,,” pp.- 20-22,

- - -web site www,eia.doe,,gpv/oiaf/archive/ae9oMeg_reg.
html.- - - - - - - - - - -

- -30. Energy Information ,Ac~ministration, - Annual Energy
- Outlook 2006, DOE/EIA-0 383 (2006) (Washington, DC,

- February 2006), “State Renewable, Energy Require-
ments -and Goals: Update Through 2005,” pp. 24-27,

- web site— www.eia.doe,gov/oiaf/archiv~/aeoQ6/leg,~reg.
html. - - - - - -

31. Energy Information Administration, Annual Energy
Outlook 2007, DOE/EIA-0383(2007) (Washington, DC,
February 2007), “State Renewable -Energy Require
ments and Goals: Update Through 2006,” pp, 28-30,
web site www.eia.doe.gov/oiaf/archive!aeo07/leg_reg.
html. - - - - - - - -

32. State of New - Hampshire, H.B. 873, web site www.
gencourt.state.nh.us/legi.slation!200.7/HB0873.html.

33. General Assembly .f North Carolina, S.B. 3, web site
www.ncleg.net/Sessions/2007fBils/Senato/PDF/S3v6.
pdf. - ‘ - -

-34. Oregon Legislative Assembly, S.B. 838, signed into law
by Governor Theodore R. Kulongoski on June 6, 2007,
defines a large supplier as any generator that provides

- at, least 3 percent of the State’s electric load, a me
dium-sized supplier as one that provides between
1.5 and 3 percent of the State’s load, and a small sup
plier as one that provides less than 1.5 percent of the
State’s load. See web site www.oregon.govIENERGY/
RENEW/docs/sb0838.en.pdf. - -

-35. Revised Code of Washington, Chapter 19.285, web
site http://apps.leg.wa.gov/RCW/default,aspx?cite 19.
285. - - - - -- -

- 36. State of Delaware, - S.B. 19, web site http://depsc.
- delaware.gov/electric/delrps.shtml. - -

37. An alternative compliance payment is a payment to
the State for not meeting their renewable energy goal.

In some instances, there are different compliance pay-
merits (or penalties) for unique generation technolo
gies.

38. -State of Colorado, H.B. 07-1281, web site www.leg.
- state.eo~us/clics/clics2007a/csl.nsf/fsbillcont3/C9B0B6

2160D242CA87257251007C4F’7A?open&file’=
- 1281 enr,pdf. - -

39. State of- Connecticut, House Bill 7432, Public Act
07-242, web -- - site www.cga.ct.gov!2007/ACT/PAJ

- 2007PA-00242-ROOHB-07432-PA.htm.
40. State of Illinois, Public Act..095-0481, web site ww.w.

ilga.gov/l~gislation!publicacts/95/PDF/095-0481.pdf.
41. “Minnesota -Renewable Portfolio Standard,” web site

- www.dsireusa.orgflibrary/includes!tabsrch,cfm?state
=MN0type=RPS&CurrentPageID.~.7&EE~ 1&RE

-=1. •- -

42. U.S. Environmental Protection Agency, “Clean Air In-
- terstate Rule,”- web site www.epa.gov/cair.

43.-U.S. -Environmental --Protection Agency, “Clean Air
Mercury Rule,” web site www.epa.gov/camr.

44. AE02007 included a summary of the RGGI provisions
in the original model rule. See Energy Information Ad
ministration, ;An~’rual Energy -Outlook 2007, DOE!
EIA-0383(2007) (WashIngton, DC, February 2007),

- “State Regulations on Airborne Emissions: Update
• - - Through 2006,”. pp. 30-32, web site www.eia.doe.gov!

oiaf!archive/aeoO7/leg_reg.html.
45. State of California, “Senate Bill 1368,” web site www,

energy.ca.gov/ghgstandardsldocuments!sbj368_bill,.
20060929. chaptered.pdf. - -

46. California Environmental Protection Agency, Air Re
sources Board, “Proposed Regulations to ‘Control
Greenhouse Gas Emissions from -Motor Vehicles,”
web site www.arb,ca,gov/regact/grnhsgas!grnhsgas.

- -htm (September-19, 200,5), • -

47. State of California, “Assembly Bill No. 1493,” web site
- www.calcleancars.org/ab1493.pdf. - -

- 48, U.S. Environmental Protection Agency, “California
- Greenhouse-Gas Waiver ~equest,” web site www,

epa,gov!otac~ca-waiver,htm. - • -

49. Office of the New York State Attorney General An
drew-’M. Cuorno, “Cuomo Leads Coalition of 15 States
Against EPA in Battle for States’ Right To Fight
Global Warming” (January 2, 2008), web site www.
oag.state.ny.us!press/2008!jan!jano2a_08J’ztml.

-50. State of Washington, “Mitigating the impacts of cli
mate change,” SB 6001 — 2007-08, - web site http:!/

• apps,leg.wa,govlbillinfo/summary.aspx?bi116001.
51. State of Montana, House Bill No. 25, web site http:!/

• data.opi,mt.gov/bills/2007fbillpdf/HE0025.pdf.
52, State of Florida, Executive Order 07-126,. “Leadership
- by Example: - Immediate Actions to Reduce Green-.

house Gas Emissions from - Florida State Govern-
mOnt”;- Executive -Order 07-127, “Immediate Actions
to Reduce Greenhouse-Gas Emissions within Florida”;
and Executive Order 07-128, “Florida Governor’s Ac-
tion -Team on Energy-and Climate Change”; web site
wwwdep.state.fl.us,’climatechange/eo.htm.
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Issues in Focus

53. M.L. Wald, “Costs Surge for Building Power Plants,”
New York Times (July 10, 2007), web site www.
nytimes.coni/2007/07/1O/business/worldbusjness/
loenergy.htmL

54. Imperial Oil Resources Ventures, Ltd., “Mackenzie
Gas Project: Supplemental Information Project Up
date,” National Energy Board Submission IPRCC.
PR.07.08 (Calgary, Alberta, Canada, May 2007).

55. Rising oil prices do not necessarily lead to rising oil
production from existing fields. Reservoir characteris
tics and the properties of the oil in the reservoirs pri
marily determine the maximum efficient recovery rate
for a particular oil reservoir. Aggregate incremental
rates of improvement in oil recovery diminish rapidly
as oil prices rise, For example, a recent analysis of
Alaska’s North Slope oil fields indicates that very little
incremental recovery is achievable once oil prices ex
ceed $60 per barrel. See National Energy Technology
Laboratory, Arctic Energy Office, Alaska North Slope
Oil and Gas: A Promising Future or an Area in De
cline? Summaiy Report, DOEINETL-2007/1280 (Fair
banks, AK, August 2007), web site www.netLdoe,
gov/technologies/oil-gas/publicatjons/Epreports/ANS
SurnmeryReportFinalAugust2007.pdf. Technological
progress is more likely to affect the ultimate oil recov
ej~Ate than oil prices or drilling costs.

56. Proauction began in 2000 at the Alpine Field, which
ha~ an estimated ultimate recoverable reserve ofabout
540ri~illion barrels. Source: National Energy Technol
ogy Laboratory, Alaska North Slope Oil and Gas: A
Proin~ising Future or an Area in Decline? Summary Re
port, DOE/NETL-2007/1280.

57. A higher or lower level of future U.S. oil industry activ
ity primarily affects the rate at which future U.S. oil
production declines. High levels of activity can stabi
lize oil production for an extended period of time, espe
cially through the application of EOR techniques, but
eventually the depletion of the resource base causes
production to decline. Lower levels of activity acceler
ate the rate of decline in future oil production.

58, Oil production in the shallow waters of the Gulf of
Mexico declines slowly in all the cases.

59. The reference case assumes that pipelines from Can
ada and Alaska will be connected to natural gas mar
kets in the lower 48 States. If no Arctic pipelines were
built, however, there would be no pipeline to move nat
ural gas from Alaska’s North Slope to southern
Alaska, where it would otherwise be converted to LNG
and shipped to foreign and domestic customers. As an
alternative, natural gas from the North Slope could be
converted to petroleum liquids and transported
through the existing Alyeska oil pipelines (also known
as the TransAlaska Pipeline System).

60. Net LNG imports are slightly lower than gross LNG
imports before 2011, because LNG exports to Japan
from Alaska are expected to continue through 2011, at
about 65 billion cubic feet per year.

61. U.S. Geological Survey, “USGS National Assessment
of Oil and Gas Resources Update (December, 2006),”
web site http://certmapper.cr.usgs,gov/data/nogaoo/
natl/tabular/total,xls. The estimates cited in this

discussion are rough approximations. The actual prob
ability spread of the estimates is considerably larger.

62. If LNG imports into Canada and Mexico were con
strained to the same degree as assumed for the lower
48 States, natural gas prices would be even higher,
causing both a larger decrease in domestic natural gas
consumption and a larger increase in lower 48 produc
tion.

63. CERA Advisory Service, “Monthly Natural Gas Brief
ing” (April 20, 2007).

64. NOAA Webcast, “Improving Climate Normals” (Sep
tember 26, 2007).

65. A small amount of the difference is due to the use ofdy
namic population weights in AE02008.

66, James T. Jensen of Jensen Associates in Weston, MA,
stated in a presentation on “Increasing Global LNG
Investments” to the LNG North America Summit
2007 in Houston, TX, June 20,2007, that, “At the turn
of the decade, LNG plant construction costs were ap
proaching $200/ton of capacity but current costs are a
multiple of that level and there have been several
‘problem trains’ that have been quoted at $1,200/ton
and above.”

67~ Zeus Development Corporation of Houston, TX, has
reported that costs for the Gros Cacouna terminal on
the St. Lawrence River have nearly doubled from ini
tial estimates and that the terminal is being put on
hold while cost-cutting options to reduce costs to un
der $1 billion are studied~ See “Spiraling Costs Impact
Petro-Canada’s LNG Terminal, Delay Decision,” LNG
Express (August 1, 2007), web site www.lngexpress.
cam (subscription site).

68, According to Keith Bainbridge of London-based LNG
Shipping Solutions, the price of a standard sized ship,
estimated at around $155 million in late 2003, has
risen to between $215 and $230 million in 2007.

69. Wood Mackenzie Research and Consulting, “Global
LNG Online,” web site www.woodmacresearch.com/
cgi-bin/wmprod/portal/energy/productMjcrosite.jsp?
productOlD=664070 (available to subscribers only).

70. Energy Information Administration, International
Energy Outlook 2007, DOE/EIA-0484(2007) (Washing
ton, DC, May 2007), web site www.eia.doe.gov/oiaf/ leo.

71. Japan, South Korea, Spain, United States, France,
Turkey, Belgium, United Kingdom, Italy, Mexico, Por
tugal, and Greece.

72. Taiwan, India, China, Puerto Rico, and Dominican Re
public.

73. Indonesia, Malaysia, Qatar, Algeria, Trinidad and To
bago, Nigeria, Oman, Brunei, United Arab Emirates,
Egypt, and Libya.

74, Embassy of the United States, Jakarta, Indonesia,
Country Commercial Guide -. Indonesia Fiscal Year
2003, Chapter 7, “Investment Climate Statement,” p.
61, web site www.usembassyjakarta.org/ccg/ccg.html.

75. Government of Western Australia, Department of the
Premier and Cabinet, WA Government Policy on Se
curing Domestic Gas Supplies (October 2006), web site
www.doir.wa.gov.au/documents/DomGaspolicy( 1).
pdf.

76. Gas Infrastructure Europe’s “Storage Investment Da
tabase” for November 2007 listed new storage projects
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in Europe with a total of 1.47 trillion cubic feet of.
working capacity_including 0,96 tri1li~n cubic feet in
OECD countries—that had planned operational dates
before 2016 and were designated as either aquifer or
depleted reservoir types (commonly used for.~easona1
storage). The database included projects placed in op
eration after June 2007, under construction, commit
ted (evaluated by’ the company with detailed, studies
and possibly undergoing planning and permitting
stages), or planned (at an early evaluation stage).;Four
types of capacity were included: aquifer, :LNG peak
shaving reservàir, and salt cavity. See Gas Infrastruc
ture Europe, “Storage Investment Database,” web site

• www.gie.eu.com/maps_data/database.html.
77. BG Group, “BG Group Fixialise~ Agreement To Meet

• Natural Gas Demand in Chile,” Press ,ilelease (June
4, 2007), web site www.bg-grotip,comlMediaCentre/
Press,Archive/2007fPagesIO6OdO7-sx.aspx.

Market Trends

78. The energy-intensive manufacturing sectors include
food, paper, bulk chemicals, petroleum refining, glass,
cement, steel, and aluminum.

79. This change in ‘niethodolo~’ is discussed in. the Issues.
In.Focus sectiOn, pages 44-46. :

80. A Divisia index ‘is used for this calculation, A discus
•sion of the index can befound in G. Boyd, J.F. McDon
ald, M, Ross, .and pA. .Hansont;,. “Separating the
Changing Composition of U;S; Manufacturing Produc
tion from Energy Efficiency Improvements: A Divisia
Index Approach,” Energy Jpurnal ,.Vpl. 8, No. 2(1987).

81. S.C, Davis and S.W. ‘ Diegel, Transportation Energy
Data ‘Book: Edition~5, ORNL~6974 (Oak Ridge, TN,
May 2006), Chapter 4, “Light Vehicles and Character
istiCs,” web site http:/!cta.ornLgov/data/chapter4.
shtml.

82. The, fuel shares are calculated in terms of energy con
tent. Because ofthe differences in energy cofltent per
gallon of gasoline, diesel and ethanol, the percentage
share would be different on a volumetric basis For ex
ample, it takes ‘about 1.8 gallons of BBS to’ replace the
energy in 1 gallon of’gasoline.

83. Unless otherwise noted, the term “capacity” in the dis
cussion of’ electricity generation indicates utility,
nonutility, and CHP capacity. Costs reflect the average
of regional costs, except for’ wind, which uses a repre
sentative region. . , . , . ,

84. Does not include off-grid PV. Based on annual PVship
meats from 1989through 2005, ETA estimates that as
much as 192 megawatts of remote electricity genera
tion PV applications (i.e., off-grid power systems) were
in service in 2005, plus an additional 481 megawatts in
communications, transportation, and assorted, other
non-grid-connected, specialized applications. See
Energy Information Administration, Annual Energy
Review 2006, DOEIE~A-0384(2006) (Washington, DC,
June 2007), Table .10.8 (anunal PV shipments, 1989-
2005). The approach used to develop the estimate,
based on shipment data, provides an upper estimate of
thO size of the PV stock; including both grid-based and
off-grid PV. It will overestimate the size of’ the stock,
because, shipments lnclude a substantial number of
units that are exported, and each year some of the PV
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units installed earlier will be retired from service or
abandoned.

85. ‘Previous AEOs’ did not consider State ‘RPS require
ments.

86, Wind capacity is more than double the 2030 level pro
jected in AEO2,007.

87, Imperial Oil Resources Ventures, Ltd,, “Mackenzie
Gas Project: Supplemental InfOrmation Project Up
date,” ‘National ‘Energy ‘Board Submission IPRCC.
PR.07.08 (Calgary, Alberta, Canada, May 2007),

88. C.AIR mandates SOs emissionscaps in 28 eastern and
niidwOstern States and the District of Columbia, The
first compliance period begins in’ 2010, and a second,
more stringent cap takes effect in 2015;

89. The first milestone for reducing NO~ emissions from
electric power generation becomes effective in 2009. A
lower limit ‘is mandated for 20 15.

Comparison with, Other Projections

.90. AE02008 also includ~s the cAMR. regulations. On
‘February 8, 2008, the U.S. Court of Appeals found
CAMR to be unlawihi ‘ and vçided it, ruling that the

‘EPA had not proved that mercury was a pollutant eli
gible for regulation u~nder a less stringent portion of
the Clean Air Act; however, ,EIA did not have time to
revise A.B02008 bçfore publication to remove the im
pact of CAMR. ‘ . , ‘ ‘ ‘

9,1, Mthough’Peit~her ~VA nor Gil provided projections for
coal consumption at CTL plants, the lack of growth in
coal consumption in non-electricity sectors indicates
that this technology is either not represented explicitly
by the models or, alternatively, that very little CTL ca
pacityis projected to come on line.

Table Notes and Sources
Note: Tables indicated as ‘sources in these notes refer
to the tables in Appendixes A, B, L!, and D of this
report. , , ‘‘ ‘

Table 1. Total énergysupply and disposition in the
AE02008 and AE02007 reference cases, 2O06~2O3O:
AE02007: AE02007 National Energy Modeling System,
run: AE02007.D11’2106A. 4E02008: ‘ .AEO2008 National
Energy ModelingSystem, run .AE02008.D030208F. Notes:
Quantities are derived from’~ historical volumes’ and as
sumed thermal’ conversion factors; Other production in
cludes liquid hydrogen, methanol, and some inputs to refin
eries. Netimports ofpetroleum include crude oil, petroleum
products, unfinished oils; alcohols, ethers, and blending
components. Other net imports include coal coke and elec
tricity.~ ‘

Table 2. Representative efficiency standards for
enclosed motors: National Electrical Manufacturers
Association, NEMA Summary and Analysis ofEnergy Inde
pendence and Secrurity Act of 2007,’ Appendix II, Section
313—Electrical Motor Efficiency, web site www;nema.
orglgov/energy/upload!NEMA-Summary-and-Analysis”of
the.Energy-Jndepçndence~and-Security~Act-of-2007.pdf.

TableS. Summary of DOE’s August 2006 loan guar
antee solicitation: U.S. Department of Energy, DOE Re
leases Information on. Loan Guarantee Pre-Applications
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(March 6, 2007), web site www.Igprograrn.enorgy,gov/
press/030607.html.
Table 4. State renewable portfolio standards: Energy
Information Administration, Office of Integrated Analysis
and Forecasting,
Table 5. Key analyses from “Issues in Focus” in re
cent AEOs; Energy Information Administration, Annual
Energy Outlook 2007, DOEVEIA-0388(2007) (Washington,
DC, February 2007); Energy Information Administration,
Annual Energy Outlook 2006, DOEIELA-0383(2006) (Wash
ington, DC, February 2006); Energy Information Adminis
tration, Annual Energy Outlook 2005, DOE/.EIA-0383
(2005) (Washington, DC, February 2005),
Table 6. Costs of producing electricity from new
plants, 2015 and 2030: AE02008 National Energy
Modeling System, run AE02008,D030208F.

Figure Notes and Sources

Note: Tables indicated as sources in these notes refer
to the tables in Appendixes A, B, C, and 13 of this
report.

Figure 1. Energy prices, 1980-2030: History: Energy
Information Administration, Annual Energy Review 2006,
DOE/EIA-0384(2006) (Washington, DC, June 2007), Pro
jectlons:~Table Al.
Figure 2~Dellvered energy consumption by sector,
1980-2030: History: Energy Information Administration,
Annual Energy Review 2006, DOE/EIA-0384(2006) (Wash
ington, DC, June 2007). Projections: Table A2.
Figure 3~ Energy consumption by fuel, 1980-2030:
History: Energy Information Administration, Annual En
ergy Review 2006, DOE/EIA-0384(2006) (Washington, DC,
June 2007). Projections: Tables Al and A17.
Figure 4. Energy use per capita and per dollar of
gross domestic product, 1980-2030: History: Energy
Information Administration, Annual Energy Review 2006,
DOE/EIA-0384(2006) (Washington, DC, June2007). Pro
jections: Energy use per capita: Calculated from data in
Table A2. Energy use per dollar of GDP: Table A19.
Figure 5. Total energy production and consumption,.
1980-2030: History: Energy Information Administration,
Annual Energy Review 2006, DOEIEIA-0384(2006) (Wash
ington, DC, June 2007). Projections: Table Al.
Figure 6. Energy production by fuel, 1980-2030: His
tory: Energy Information Administration, Annual Energy
Review 2006, DOE/EIA-0384(2006) (Washington, DC, June
2007), Projections: Tables Al and A17.
FIgure 7. Electricity generation by fuel, 1980-2030:
History: Energy Information Administration, Annual En
ergy Review 2006, DOE/EIA-0384(2006) (Washington, DC,
June 2007). Projections: Table A8.
Figure 8. U.S. carbon dioxide emissions by sector
and fuel, 1990-2030: History: Energy Information Ad
ministration, Emissions ofGreenhouse Gases in the United
States 2006, DOE/EIA-0573(2006) (Washington, DC, No
vember 2007). Projections: Table A18.

Figure 9. Changes in construction commodity costs,
1973-2007: U.S. Department of Labor, Bureau of Labor
Statistics, Producer Price Index for WPU112 (construc

tion), WPU1O1 (iron and steel), WPU133 (concrete), and
WPU1322 (cement).
Figure 10, Changes in construction commodity costs
and electric utility construction costs, 1973-2007:
Handy-Whitman Bulletin, No. 165, “Cost Trends ofElectric
Utility Construction”; and U.S. Department of Labor, Bu
reau of Labor Statistics, Producer Price Index, Series ID
WPU112.
Figure 11. Additions to U.S. electricity generation
capacity by fuel in three cases, 2006-2030: AE02008
National Energy Modeling System, runs AE02008.
D030208F, LC2008.D030308A, and HC2008,D030308A,
Figure 12. U.S. natural gas supply by source in thróe
cases, 2030: AE02008 National Energy Modeling System,
runs AE02008.D030208F, LC2008.D030308A, and
HC2008.D030308A.
Figure 13. U.S. natural gas consumption by sector in
three cases, 2030: AE02008 National Energy Modeling
System, runs AE02008.D030208F, LC2008.D030308A, and
HC2008.D030308A.
Figure 14. U.S. natural gas prices in three cases,
2000-2030: History: Energy Information Administration,
Annual Energy Review 2006, DOE/EIA-0384(2006) (Wash
ington, DC, June 2007). Projections: .AE02008 National
Energy Modeling System, runs AE02008.D030208F,
LC2008.D030308A, and HC200S.D030308A,
Figure 15. Electricity generation by fuel in four
cases, 2006 and 2030: History: Energy Information Ad
minlstration, Annual Energy Review 2006, DOEIEIA-0384
(2006) (Washington, DC, June 2007). Projections: AEO
2008 National Energy Modeling System, runs AE02008.
D030208F, HIGASDEM.D030408A, LOGASSUP.
D030408A, and HDEMLSUP.D030408A.
Figure 16. New generating capacity additions in
four cases, 2006-2030: AE02008 National Energy
Modeling System, runs AE02008,D030208F, HIGASDEM.
D030408A, LOGASSUP.D030408A, . and HDEMLSUP.
D030408A.
FIgure 17. Natural gas consumption by sector in four
cases, 2030: AE02008 National Energy Modeling System,
runs AE02008.D030208F, HIGASDEM,D030408A,
LOGASSUP.D030408A, and HDEMLSUP.D030408A.
Figure 18. Natural gas supply by source in four
cases, 2006 and 2030: History: Energy Information Ad
ministration, Annual Energy Review 2006, DOE/~IA-0384
(20.06) (Washington, DC, June 2007). Projections: AEO
2008 National Energy Modeling System, runs AE02008.
D030208F, HIGASDEM,D030408A, LOGASSUP.
D030408A, and HDEMLSUP.D030408A,
Figure 19. Lower 48 wellhead natural gas prices in
four eases, 1995-2030: History: Energy Information Ad
ministration, Annual Energy Review 2006, DOE/EIA-0384
(2006) (Washington, DC, June 2007). Projections: AEO
2008 National Energy Modeling System, runs AE02008.
D030208F, HIGASDEM.D080408A, LOGASSUP.
D030408A, and HDEMLSUP,D030408A,
Figure 20. U.S. average electricity prices in four
cases, 1995-2030: History: Energy Information Adminis
tration, Annual Energy Review 2006, DOEfEIA-0384(2006)
(Washington, DC, June 2007). Projections: AE02008 Na
tional Energy Modeling System, runs AE02008.D030208F,

Energy Information Administration / Annual Energy Outlook 2008 107

000575



Notes and Sources

RIGASDEM.D030408A, LOGASSUP.D030408A, and
HDEMLSUP.D.030408A,
Figure 21. Annual heating and cooling degree-days,
1993-2007:. Energy Information Administration,
Short-Term Energy Outlook On-Line Table.Browser (Feb
ruary ~6, 2007).
Figure 22. Heating and cooling degree-days In the
AE02008 reference case, 2010-2030: National Energy
Modeling System runs AE02008,DO.30208F .. a~d
WEATHER.D030408A, based on weather. data from I’~OAA
and State population projections from the Cen~us Bureau.
Figure 23, Impacts of change from 30-year to 10-year
average for beating and cooling degree-days on en.
ergy use for beating and cooling in buildings by fuel
type, 2030: AE02008 National Energy: Modeling System,
runs AE02008.D030208F and WEATHER,D030408A~
FIgure 24. Impacts of cbai~ge from 30-year to. 10-year
average.for heating and cooiing degree-ciays on peak
seasonal electricity demand load, 2030: AEO200B Na
tional Energy Modeling System, runs AE02008.D030208F.
and WEATHER.D03Q408A. . . .. .

Figure 25. :U~S. imports. of liquefied natural gas,
2001-2007: Energy Information Administration, Natu~’al
Gas Monthly, DOEIEIA-0130(2007/04~ (Washington, DC,
April 2007). . .

Figure 26. OECI) ‘.EuropO natural gas, supply by
source, 2000-2007: international ~. Energy. Agency~
Monthly Gas’Dat~ Service.. ~. .. . . ..

Figure 27. Gross U.S. import~ of liquefied natural
gas inthree cases, 1990~2030: History: EiiergyInfor
mation Administration, 4n.jutal Energy Review’ 2006,
DOE/EIA-0384(2006) (Washington, DC, June 2007). Pro-
jections: AEO2008 National Energy Modeling System,
runs AEO200B.D030208F, LOLNGO8.D030508A,. and
HILNGO8.DO3OSO8A. . .

Figure 28. U.S. natural gas supply in three cases,
2006-2030: History: Energy Information Administration,
Annual Energy Review 2006, DOE/FIIA-0384(2006) (Wash
ington, DC, June 2007). Projections: AE02008 National
Energy Modeling’ System, runs. AE02008.D030208F,
LOLNGO8,D030508A, and HILNGO8,D030508A.
Figure 29. Lower 48 wollbeäd natural gas prices In
three cases, .1990~2030: History: Enei~gy Information
Administration, Anilual Energy Review 2006, DOE/EIA
0384(2006) (Washington, DC, June 2007).. Projections:
AF~O2008 National Energy MOdeling System, runs
AE02008.D030208P, . . LOLNGOS.D030508A, ‘and
HILNGO8.D030508A.
FIgure 30. World oil price in six cases, 2000-2030: His
tory: Energy Information Administration, Annual Energy
Review 2006, DOE/EIA-0384(2006) (Washington, DC, June
2007). ProjectIons: AEO2OQ8 National Energy’ Modeling
System, runs AE02008,D030208F, . LP2008JJOS16O8A,
HP2008JJ031808A, , . AE02007.D112106A, : LP2007.
D112106A, and HP2008,D112106A.
Figure .31. World ‘liquids: consumption In the
AE02008 reference ease, 2008-2030: Table A20,
Figure 32. Average annual growth rates of real 01W,
labor force, andproductivity, 2006-2030: Table B4,
Figure 33. Average annual inflation, interest, and
unemployment rátés, 2006-2030: Table B4.

Figure 34. Sectoral composition of industrial output
growth rates,. 2006-2030: AE02008 National Energy
Modeling System, runs AE02008.D030208F, HM2008.
0031608A, and LM2008.D081608A.
Figure 35 Energy expenditures in the U.S. economy,
1990-2030; History: Energy Information Administration,
Annual Energy Review’2006, DOE/EIA-0384(2006) (Wash
ington, DC, June 2007). Projections: AEO200.8 National
Energy Modeling System, runs AE02008.D030208F,
HM2008,D031608A, and LM2008.D031608A.
Figure .36. Energy expenditures as share of gross do
mestic’ product, 1970-2030: History: U.S.. Department
of Commerce, Bureau of Economic Analysis; and Energy In
formation Administration, Annual Energy Review 2006,
JJOE~/ElA-03S4(2006) (Washingtoü, DC, June 2007). Pro
jections: AE02008 National Energy Modeling System, run
AEO2008.D030208F. ‘ .

Figure 37. ‘World oil prices, 1980-2030: HIstOry: En
ergy Information Administration, Annual. Energy Review
2006, DOEIEIA-0384(2006) (Washington, DC, June 2007).
Projections: Table Ci.
Figure 38. Unconventional resources as a share of
the world liquids market,’1990-2030: History: Derived
from Energy Information Administration, International
Energy Annual 2005 (June-OctOber 2007), Table 0;4, web
site :www.eia.doe,gov/iea. Projections: Table A20. Note:
Data from Table (1.4 are used as a proxy for historical un
conventional oil ‘production, because international data are
limited. In addition, pstimates ofhistorical production from
Canadian, oil’ sands and Venezuelan ultra-heavy oil were
added to Table G.4,,~asumptions about future unconven
.tional oil production are based on current investment re
ports, published production targets, resourcç availabilities,
and marketplac~ competition
Figure 39. World liquids production shares by re
gion; .2006 and. 2030: AEO2008 National Energy
Modeling System, runs AEO2008.D030208F, HP2008.
003.1808A, and LP2008.D081608A.
Figure 40. Energy use, per capita and per dollar of
‘gross domestic product, 1980-2030: History: Energy
Information Administration, Annual Energy Review 2006,
DOEIEIA-0384(2006) (Washington, DC, JunO 2007). Pro
jectIons: Energy use per capita: Cal,culated from data in
Table A2, Energy use per dollar of GDP: Table A19,
Figure 41. PrImary energy use by fuel, 2006,2030:
History: Energy Information Administration, Annual En
ergy Review 2006, DOE/EIA-Q38~(2006) (Washington, DC,
Juno 2007). Projections: Tables Al and A17.
Figure 42, Delivered energy use by fuel, ‘1980-2030:
History: Energy Information Administration, Annual En
ergy Review .2006, DOE/EIA-0384(2006) (Washington, DC,
June 20.07). Projections: Table A2.:
Figure 43. Primary energy consumption by sector,
1980-2030: HIstory: Energy Information Administration,
Annual Energy Rçr,iew 2006, DOE/EIA-0384(2006) (Wash
ington, DC, June 2007). Projections: Table A2.
Figure’ 44. Residential delivered energy consump
tion per capita, 1990-2030: History: Energy Informa
tion Administration,, “State Energy Consumption, Price,
and Expenditure Estimates (SEDS),” (Washington, :DC,’Oc
toher 2007), web site www,eia.doe,gov/emeu/states/_seds
html; and Annual Energy Review 2006, DOE/EIA-0384
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(2006) (Washington, DC, June 2007). Projections: AEO
2008 National Energy Modeling System, runs AE02008.
D030208F, BLDFRZN,D030408A, and BLDHIGH.
D030408A,
Figure 45. Residential delivered energy consunip
tion by fuel, 2006, 2015, and 2030: AE02008 National
Energy Modeling System, run AE02008.D030208F.
Figure 48. Efficiency gains for selected residential
appliances, 2030: Energy Information Administration,
Technology Forecast Updates—Residential and Comrner
cia? Building Technologies—Advanced Adoption Case
(Navigant Consulting, Inc., September 2004); and AEO
2008 National Energy Modeling System, runs AE02008,
D030208F, BLDFRZN,D030408A, and BLDI3EST.
D030408A,
Figure 47. Electricity consumption for residential
lighting, 2006-2080: Energy Information Administration,
Technology Forecast Updates—Residential and Commer
cial Building Technologies—Advanced Adoption Case
(Navigant Consulting, Inc., September 2004); and AEO
2008 National Energy Modeling System, runs AE02008,
D030208F and AE02008.D112607A.
Figure 48. Commercial delivered energy consump
tion per capita, 1980-2080: History: Energy Informa
tion Administration, “State Energy Consumption, Price,
and Expenditure Estimates (SEDS)” (Washington, DC, Oc
tober 200’’)~4web site www,eia.doe.gov/exneu/statesf_seds,
html, arsd~Ahnual Energy Review 2006, DOE/EIA-0384
(2006) (Washington, DC, June 2007)~ Projections: AEO
2008 National Energy Modeling System, runs AE02008.
D030208F;~BLDFRZN.D030408A, and •BLDHIGH.
D030408A~
Figure 49. Commercial delivered energy consuznp
tion by ftiel, 2006~ 2015, and 2030: AE02008 National
Energy Modeling System, run AE02008.D030208F.
FIgure 50. Efficiency gains for selected commercial
equipment, 2006 and 2030: Energy Information Admin
istration, Technology Forecast Updates—Residential and
Commercial Building Technologies—Advanced Adoption
Case (Navigant Consulting, Inc., September 2004); and
AE02008 Netional Energy Modeling System, runs
AE02008.D030208F, BLDFRZN,D030408A, and
ELDBEST.D030408A.
Figure 51. Industrial delivered energy consumption,
1980-2030: History: Energy Information Administration,
Annual Energy Review 2006, DOE/EIA-0384(2006) (Wash
ington, DC, June 2007). Projections: AE02008 National
Energy Modeling System, runs AE02008.D030208F,
HM2008.D031608A, and LM2008,D031608A,
Figure 52. IndustrIal energy consumption by fuel,
2000, 2006, and 2030: History: Energy Information Ad
ministration, Annual Energy Review 2006, DOEJEIA-0384
(2006) (Washington, DC, June 2007), Projections: AEO
2008 National Energy Modeling System, run AE02008.
D030208F.

Figure 53. Average growth in value of shipments for
the manufacturing subsectors, 2006-2030: AE02008
National Energy Modeling System, runs AE02008.
D030208F, HM2008.D031608A, and LM2008.D031608A.

Figure 54. Average growth of delivered energy
consumption in the manufacturing subsectors,
.2006-2030: AE02008 National Energy Modeling System,

runs AEO2008,D030208F, HM2008JJ031608A, and
LM2008D031608A.
Figure 55. Industrial delivered energy intensity,
1980-2030: History: Energy Information Administration,
Annual Energy Review 2006, DOE/EIA-0384 (2006) (Wash
ington, DC, June 2007); and Global Insight, Inc., 2007 U.s.
Energy Outlook (November 2007), Projections: AE02008
National Energy Modeling System, runs AE02008.
D030208F, INDFRZN,D030608A, and INDHIGH,
D032208A.
Figure 56. Delivered energy consumption for trans
portation, 1980-2080: History: Energy Information Ad
ministration, Annual Energy Review 2006, DOE/EIA-0384
(2006) (Washington, DC, June 2007). Projections: Tables
B2 and C2.
Figure 57. Average fuel economy of new light-duty
vehicles, 1980-2030: History: U.S. Department of Trans
portation, National Highway Traffic Safety Administra
tion, Summaiy ofFuel Economy Performance (Washington,
DC, March 2006), web site www.nhtsa,dotgov/staticfiles/
DOT/NHTSA/Vehicle%20SafetyjArticles/Associated%20
Files/SummaryFuelEconomyPerformance-2006.pdf. Pro
jections: AE02008 National Energy Modeling System,
runs AE02008D030208F, AE02008.D112607A,
TRNHIGH,D031408A, HP2008D031808A, and LP2008.
D031608A.
Figure 58. Sales of unconventional light-duty vehi
cles by fuel type, 2006 and 2030: .AE02008 National En
ergy Modeling System, run AE02008.D030208F.
Figure 59. Energy use for light-duty vehicles by fuel
type, 2006 and 2030: AE02008 National Energy Model
ing System, run AE02008.D030208F.
Figure 60. Annual electricity sales by sector,
1980-2030: History: Energy Information Administration,
Annual Energy Review 2006, DOE/EIIA-0384(2006) (Wash
ington, DC, June 2007). Projections: Table A8,
Figure 61. Electricity generation by fuel, 2006 and
2030: Table A8.
Figure 62. Electricity generation capacity additions
by fuel type, including combined heat and power,
2007-2030: Table A9
Figure 63. Levelized electricity costs for new plants,
2015 and 2030: AE02008 National Energy Modeling Sys
tem, run AE02008,D030208F,
Figure 64. Electricity generation capacity additions,
including combined heat and power, by region and
fuel, 200 7-2030: AE02008 National Energy Modeling Sys
tem, run AE02008D030208F.
Figure 65. Electricity generation, from nuclear
power, 1990-2030: History: Energy Information Admin
istration, Annual Energy Review 2006, DOE/EIA-0384
(2006) (Washington, DC, June 2007). Projections:
AE02008 National Energy Modeling System, runs
AEO2008.D030208F, HM2008,D031608A, LM2008.
D031608A, HP2008.D031808A, and LP2008.D031608A,
Figure 66. Nonhydroclectric renewable electricity
generation by energy source, 2006-2080: Table A16.
Figure 67. Grid-connected electricity generation
from ‘renewable energy sources, 1990-2030: History:
Energy Information Administration, Annual Energy Re
view 2006, DOE/EIA-0384(2006) (Washington, DC, June
2007). Projections: Table A16.
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Figure 68 Levolized and avàldcd costs foruew re
newable plants in the Northwest, ~2030: AEO200S Na
tional Energy Modeling System, runs ,AE02008.D030208F,
EIRENC.STOS.D030408A, and LORENCSTOS.D030408A.
Figure 69. Regional growth in’ nonhydroelectic re
newable electricity gànerat.ion, 2006-2030:, AE02008
National Energy’ . Modeling System, run.• AE02008.
D080208F.. . . . . . . ..

Figure 70 Fuel prices to electricity generators,
1995-2030; History: Energy Information Administration,
Annual Energy. Review 2006, DOE/EIA~0384(2006) (Wash
ington, DC, June2007). Projections: .AE02008 National
Energy Modeling System, run AEO2008.D.03020.8F..
Figure .71. Average U.S. retail eleOtricity. prices,
1970-2030: History: Energy Information Administration,
Annual Energy RéUiew 2006,’DOE/EIA-0.384(200.6) (Wash
ington, DC, June 2007). ProjectIons: TableA8,
Figure 72. Natural gas •consumption, by sector,
1990-2030: History: Energy Information Administration,
Annual Energy.Review 2006, DOE/EXA-0384 (2004) (Wash
ington, DC, June2007), Projections; Table A13.
Figure 73. Total natural gas ‘consumption,
1990..2030:I{istóry: Energy Information Administration;
Aanual Energy Review 2006, DOE/EIA-0384(2006) (Wash
ington, DC, June 2007)~Projeetions: AE02008 National
Ener~j. Modeling. System; ‘runs ‘AEO200S.D030208F,
HP200&D031808A,’ LP200’8~D03l608A, ‘ M2008.
D031608A~ and LM2008 .D,031608A. ,,. ‘ ‘ ‘

Figure 74. Natural gas consumption in the electric
power andnoñ~eleetricpowcr sectorsih alternative
price cases, 1990-2030: Ristory: Energy Information
Administration, “Annual Energy Review 200~, DOE/EIA
0384(2006) (Washington, DC, June 2007~). Projections:
AE02008 ‘ National Energy. Modeling. System, ru~is
AE0200800’30208F, 11P2008.D031808A, and’ LP2008.
D031608A. ‘ . , . .

Figure ‘75.. Natural gas consumption. in the. electric
power and non-electric power sectors in alternative
growth cases, 1990-2Q30: History: Energy Information
Administratidn,. Annual ‘Energy Review 2006, DOE/EIA
0384(2006) (Washington, DC, June 2007). Projections:
AEO2O.08 National Energy Modeling System, runs
AE02008.D030208F, HM2008.D031608A, and LM2008.
D0~1608A. ‘ ‘ ‘.. , ‘ .

Figure 76. Lower 48 wellhead and Henry Hub spot
market pricOs ‘fOr natural gas, 1990-2030:,Hlstory:
Fo~ lower 48 wellheàd prices: Energy Information Adminis
tratioñ, Annual Energy Review 2006, DOE/EIA-0384(2006)
(Washington, DC, June 2007). For Henry Hub natural gas
prices: , Energy Information Administration, Short-Term
Energy Outlook Query System, Monthly Natural Gas Data,
Variable NGHHMCF. Projections:’ AE02008 National
Energy Modeling System, run AE02008.D030208F.
Figure 77. ‘Lower 48 wollhead natural gas prices,
1990-2030: Hlstory: Energy Information Administration,
Annual Energy Review 2006, DOEIEIA-0384(2006) (Wash
ington, ‘DC, June 2007). Projections: AE02008 National
Energy Modeling System, runs AE02008.D030208F,
HP2008.D031808A, LP2008JJ031608A, .OGHTECO8,
D030508A, and OGLTECO8.D030508A., ‘ ‘ ‘ .

Figure 78. Natural gas prices by end-use se~tor,
1990-2030: History: Energy’Informution Administration,
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Annual Energy Review 2006, DOE/EIA-0384(2006) (Wash
ington,,DC, June 2007). Projections: Table A13.
Figure 79. Average natural gas transmission and dlis
tribution margins, 1990-2030: History: Calculated as
the difference between natural gas end-use prices and lower
48 welihead natural gas prices; Energy Information Admin
istration~ Annual Energy Review 2006, DOE/EIA-O 384
(2006,) (Washington, DC, June 2007), Projections: AEO
2008 Nat~oOa1 ‘Enezgy ‘Modeling System, runs AEO~O08.’
DOSO2OSF, HP2O,08.D031808A, and LP2008.D031608A.
Figure 80. ‘Natural gas production by source,
1990-2030: History: Energy Information Administration,
Ofilce of. Integrated, Analysis and ‘Forecasting. Projec
tions: Table A14. ‘

Figure 81. Total U.S. natural gas production,
1990-2030: History: Energy Information Administration,
Annual Energy Ee~iew 2006, DOE/EIA-0384(2006) ‘(Wash
ington, DC, June 2007), Projections: AE02008 National
Energy Modeling System;, runs AE02008.D030208F,
HP2008.D031808A, , LP2008.D031608A, OGHTECO8.
D030.508A, and O,GLTECO8.D030508A.
Figure 82. Net U.S. imports of natural gas by source,
l990~2030: History: Energy Information Administration,
Annual Energy ~?eview 2006, DOE/EIA-0304(2006) (Wash
ingtoO, DC, June 2007). Projections: AE02008 National
Energy Modeling System, run AE02008.’D030208F.
Figure 83~ Net U.S.’hnports Of liquefied natural gas,
1990-2030: History: Energy’ Information ‘Administration,
Annual Energy Review 2006, DOEIEIA-0384(2006) (Wash
ington, ‘DC, June 200.7). Projections: AE02008 National
Energy “ Modeling System, ‘runs~ .AE02008.D030208F,
HP2008.D031808A, ‘ LP2008.D031608A, HM2008.
D03l608~, and LM2008.D0a1608A~
Figure 84 Domestic crude oil production by source,
1990-2030: History: EñergyJnformation,Administration,
Office of Integrated Analysis, and Forecasting. Projec
tions: .AE02008 National Energy Modeling System, run
AE02008.D030208F. , ‘ ‘ ,

Figure ‘85. Total U.S. crude oil production, 1990-
2030: History~ Energy Information Administration, An
nual Energy.Review 2006, DOE/EIA-0384(2006) (Washing
ton, DC, June 2007). Projections: AE02008 National
Energy Modeling System, runs AE02008.D030208F,
OGHTECO8.D030508A, and OGLTECO8.D030508A.
FIgure 86. Total U.S. ‘unconventional crude oil pro
duction, 2006.2080: AE02008 National Energy Modeling
System, runs AE02008.D030208F, HP2008.D031808A,
and LP2008.D031608A.
Figure 87. Liquid fuels consumption by sector,
1990-2030: History: Energy Information Administration,
Annual Energy Review 2006, DOE/EIA-0384(2006) (Wash
ingtoO, DC, June 2007). Projections: Table All.
Figure 88.’ EISA2007 RFS credits earned in selected
years, 2006-2030: AE02008 National Energy Modeling
System, run .AE02008.D030208F.
FIgure 89. Fossil fuel and biofuel content of U.S.
motor fuel supply, 2006, 2015, and 20~0: AE02008 Na
tional Energy Mo4eling System, run .AE02008.D030208F.
Figure 90. Net import share of U.S. liquid fuels con
sumption, 1990-2030: History: Energy Information Ad
ministration, Annual Energy Review 2006, DOE/EIA~0384
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(2006) (Washington, DC, June 2007). Projections: Table
C4.
Figure 91. Motor gasoline, diesel fuel, and E85
prices, 2006-2020: Table A12.
Figure 92. Average U.S. delivered prices for motor
gasoline, 1990-2030: HIstory: Energy Information Ad
ministration, Annual Energy Review 2006, DOEIEIA-0384
(2006) (Washington, DC, June 2007). Projections: Table
CS.
Figure 93. Coal production by region, 1970-2030: His
tory (short tons): 1970-1990: Energy Information Admin
istration (ETA), The U.S. Coal Industry, 1970-1990: Two
Decades of Change, DOEIEIA-0559 (Washington, DC, No
vember 2002). 1991-2000: ETA, Coal Industry Annual,
DOE/EJA-0584 (various years). 2001-2006: ETA, Annual
Coal Report 2006, DOE/EIA-0584(2006) (Washington, DC,
October 2007), and previous issues. History: Conversion
to quadrillion Btu), 1970-2006: Estimation Procedure:
ETA, Office of Integrated Analysis and Forecasting. Esti
mates of average heat content by region and year are based
on coal quality data for 2006, collected in various energy
surveys (see sources), and national-level estimates of U.S.
coal production by year in units of quadrillion Btu, pub
lished in ETA’s Annual Energy Review. Sources: ETA, An
nual Energy Review 2006, DOE/ETA-0384(2006) (Washing
ton, DC, June 2007), Table 1.2; Form ETA-a, “Quarterly
Coal Consumption and Quality Report, Manufacturing
Plants”; FOrm EIA-5, “Quarterly Coal Consumption and
Quality Report, Coke Plants”; Form EIA-6A, “Coal Distri
bution Report”; Form EIA-7A, “Coal Production Report”;
Form ETA-423, “Monthly Cost and Quality of Fuels for
Electric Plants Report”; Form EIA-906, “Power Plant Re
port”; Form EIA-920, “Combined Heat and Power Plant
Report”; U.S. Department of Commerce, Bureau of the
Census, “Monthly Report EM 645”; and Federal Energy
Regulatory Commiasion, Form 423, “Monthly Report of
Cost and Quality of Fuels for Electric Plants.” Projec
tions: AEO2008 National Energy Modeling System, run
AE02008.D030208F. Note: For 1989-2030, coal produc
tion includes waste coal.
Figure 94. U.S. coal production, 2006,2015, and 2030:
AE02008 National Energy Modeling System, runs
AE02008.D030208F, LP2008.D031608A, HP2008.
D031808A, LM2008.D031608A, HM2008D031608A,
LCCSTO8.D030508A, and HCCSTO8.D030508A. Note:
Coal production includes waste coal.
Figure 95. Average mhiemouth price of coal by
region, 1990-2030: History: Dollars per short ton:
1990-2000: Energy Information Administration (ETA),
Coal Industry Annual, IJOE/ELA-0684 (various years).
200 1-2006: ETA, Annual Coal Report 2006, DOEtEIA-0584
(2006) (Washington, DC, October 2007), and previous is
sues, Conversion to dollars per million Btu): 1990-
2006: Estimation Procedure: ETA, Office of Integrated
Analysis and Forecasting. Estimates of average heat con
tent by region and year are based on coal quality data for
2006, collected in various energy surveys (see sources), and
national-level estimates of U.S. coal production by year in
units of quadrillion Btu published in ETA’s Annual Energy
Review. Sources: ETA, Annual Energy Review 2006,

DOE/EIA-0384(2006) (Washington, DC, June 2007), Table
1.2; Form ETA-a, “Quarterly Coal Consumption and Qual
ity Report, Manufacturing Plants”; Form EIA-5, “Quar
terly Coal Consumption and Quality Report, Coke Plants”;
Form EIA-6A, “Coal Distribution Report”; Form EIA-7A,
“Coal Production Report”; Form EIA-423, “Monthly Cost
and Quality of Fuels for Electric Plants Report”; Form
EIA-906, “Power Plant Report”; Form EIA-920, “Com
bined Heat and Power Plant Report”; U.S. Department of
Commerce, Bureau of the Census, “Monthly Report EM
545”; and Federal Energy Regulatory Commission, Form
423, “Monthly Report of Cost and Quality of Fuels for Elec
tric Plants.” Projections: AE02008 National Energy
Modeling System, run AE02008D030208F. Note: In
cludes reported prices for both open market and captive
mines.
Figure 96. Average delivered coal prices, 1990-2030:
History: Energy Tnformation Administration (ETA), Quar
terly Coal Report, October-December 2006, DOEIEIA-0121
(2006/4Q) (Washington, DC, March 2007), and previous is
sues; ETA, Electric Power Monthly, October 2007, DOE!
EIA-0226(2007/10) (Washington, DC, October 2007); and
ETA, Annual Energy Review 2006, DOE/EIA-0384(2006)
(Washington, DC, June 2007). Projections: AE02008 Na
tional Energy Modeling System, runs AE02008,D030208F,
LP2008.0031608A, HP2008.D031808A, LCCSTO8.
D030508A, and HCCSTO8.D030508A. Note: Historical
prices are weighted by consumption but exclude residen
tial/commercial prices and export free-alongside-ship
(f.a.s.) prices.
Figure 97. Carbon dioxide emissions by sector and
fuel, 2006 and 2030: 2006: Energy Information Adminis
tration, Emissions ofGreenhouse Gases in the United States
2006, DOE/EIA-0573(2006) (Washington, DC, November
2007). 2030: Table A18.
Figure 98. Carbon dioxide emissions, 1990-2030: His
tory: Energy Information Administration, Emissions of
Greenhouse Gases in the United States 2006, DOEIEIA
0573(2006) (Washington, DC, November 2007). Projec
tions: Table B2,
Figure 99. Sulfur dioxide emissions from electricity
generation, 1995-2030: History: 1995: U.S. Environ
mental Protection Agency, National Air Pollutant Emis
sions Trends, 1990-1998, EPA-454/R-00-002 (Washington,
DC, March 2000). 2000: U.S. Environmental Protection
Agency, Acid Rain Program Preliminary Summary Emis
sions Report, Fourth Quarter 2004, web site www.epa.gov/
airmarkets/emissions/prelimarp/index.html, 2006 and
Projections: AE02008 National Energy Modeling Sys
tem, run AE02008,D030208F.
Figure 100. Nitrogen oxide omissions from electric
ity generation, 1995-2030: History: 1995: U.S. Environ
mental Protection Agency, National Air Pollutant Emis
sions Trends, 1990-1998, EPA-454/R-00-002 (Washington,
DC, March 2000). 2000: U.S. Environmental Protection
Agency, Acid Rain Program Preliminary Summary Emis
sions Report, Fourth Quarter 2004, web site www.epa.gov/
airmarkets/emissions/prelimarp/index.htmj, 2006 and
Projections: AE02008 National Energy Modeling Sys
tem, run AE02008.D030208F,
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Appendix A

Reference Case

Production
Crude Oil and Lease Condensate.
Natural Gas Plant Liquids .

Dly Natural Gas
Coal1
Nuclear Power
Hydropower
Blomass2
Other Renewable Energy2
Other4

Total

imports
Crude Oil
Liquid Fuels and Other Petroleum0
Natural Gas
Other Imports4

Total

Exports
Petroleum7
Natural Gas
Coal

Total

DIscrepancy0

Consumption
LIquid Fuels and Other Petroleum0 40.47
Natural Gas 22,65
Coat1° 22.78
Nuclear Power 8.16
Hydropower 2.70
Biomass~ 2.45
Other Renewable Energy2 0.67
Other12 0.21

Total 100.08

2.32 2.60 2.82 2.91 2.98 3.17
0.74 0.73 0.84 0.97 1.02 1.25
1.27 1.26 1.79 1,14 0.87 0.90
4.32 4.59 5.45 5.03 4.87 5.32

0.01 1.87 -0.13 -0.01 0.12 0.19

3.33 1.0%
1.36 2.6%
0.88 ‘1.5%
S;56 0.8%

0.21

40.06 40.46 41.80 4224 42.78 43.99
22.30 23.93 24.35 24.01 23.66 23.39
22.50 23.03 24.19 25.87 27.75 29.90

8.21 8.31 8.41 9.05 9.50 9.57
2.89 2,92 2.99 3.00 8.00 3.00
2.50 3.01 3,60 4.50 5.42 5.51
0.88 1.51 1.75 2.00 2.25 2,45
0.19 0.18 0.17 0.17 0.18 0.20

99.52 103.34 107.26 110.85 114.54 118.01

0.4%
0.2%
1.2%
0,6%
0.2%
3.3%
4,4%
0.3%
0.7%
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Table Al. Total Energy Supply and Disposition Summary
(Quadrillion Btu oer Year, Unless Otherwise Noted’)

. AnnualReference Case Growth
Supply, DispositIon, and Prices 2006 j 2010 2015 f 2020 2025 2030

~006-2030

10.99 10.80 12.76 13,25 13.40 12.99 12.04 0.5%
2.33 236 2.27 2.29 2.31 2.17 2.11 -0.5%

18,60 19.04 19.85 20.08 20.24 20.17 20.00 0,2%
23.19 23.79 23.97 24.48 25.20 26,85 28.63 0.8%

8.16 8.21 8.31 8.41 9.05 9.50 9.57 0.6%
2,70 2,89 2.92 2.99 3.00 3.00 3.00 0.2%
2.79 2.94 4.05 5.12 6.42 8.00 8.12 4.3%
0.67 0.88 1.51 1.75 2.00 2,25 2.45 4,4%

• 0.36 0,50 0.54 0.58 0.58 0.61 0.64 1.1%
69.80 71.41 76.17 78.96 82.21 85.53 86.56 0.8%

22.09 22,08 21.14 21,80 21.58 22.38 24.41 0.4%
7.23 7.21 5.61 5.34 5.43 5.28 5.44 ‘1.2%
4.45 4.29 4.80 5.12 4.68 4.63 4.64 0.3%
0.85 0.98 0,95 1,04 1.93 2.23 2,74 4.4%

34,62 34.57 32.49 33.31 33,62 34.52 37.22 0.3%



Reference Case

Table Al. TotalEnergy Supply and Disposition Summary (Continued)
(Quadrillion Btu per Year, Unless Otherwise Noted)

. Reference Case Annual

Supply, Disposition, and Prices -20
. 2005 2006 2010 2015 2020 2025 2030 (percent)

Prices (2006 dollars per unit)•
Petroleum (doIl~rs per barrel)

imported Low Sulfur Light Crude Oil Price . 58.28 66.02 74.03 59.85 59.70 64.49 70.45 0.3%
imported Crude Oil Pricem 60.40 59.05 65.18 52.03 51.55 55.68 58.66 -0.0%

Natural Gas (dollars per million Btu)
• Price at Henry Hub 8.93 673 6.90 5,87 5.95 6,39 7.22 0.3%

Wellhead Pric&4 7.62 6.24 6.16 5.21 5.29 5.69 6,45 01%
Natural Gas (dollars per thousand cubic feet)

Welihead Prlce~ V• V 7.85 6.42 6.33 5.36 5.44 5.86 6,63 0.1%
Coal (dollars per ton) ‘ V V

Mlnemouth Pric&n ,,,,.,.,......,.,,,... 24.08 24.63 26.16 23,38 22.51 22.75 23.32 -0.2%
Coal (dollars per million EtU) V

Mlnemouth Prlcemn 1.18 1.21 1.28 1.17 1.14 1.16 V 1,19 V -0.1%
Average Delivered PrIcele 1.67 1,78 1.93 1.80 1.77 1.78 1.82 0.1%

Average Electricity Price (cents per kllowatthour) 8.4 8.9 9.2 8.5 8.6 8.7 8.8 -0.0%

‘includes waste coal. V V V

‘Includes grid-connected electricity from wood and waste; biomass, such as corn, used for liquid fuels production; and non-eiactrio energy demand from wood.
Refer to Table A17 for details. V V V V

‘includes Vgrid~connecfad electricity from landliti gas; biogenic municipal waste; wind; phofovolfalc and solar thermal sources; and non-electric energy from
renewable sources, such as active and passive solar sysiems. Excludes electricity Imports uaingrenewabie sources end nonmerketect renewable energy, See
Table A17 for selected nonmarketed residential and commercial renewable energy. V V V

‘includes non.biogsnlc municipal waste, liquid hydrogen, matlianot, and some domestic inputs to Vretlnarles. V V

‘inctudes Imports of finished petroleum products, untinlahed oils, etcohols, ethers, blending components, and renewable fuels such as ethanol.
‘Includes coal, 00.81 coke (net), end eiectriclly (net), V V V V

‘Inctudes crude of end petroleUm products. V V V V V
~Batanclng item. includes unaccounted tor supply, tosses, gains, and net storage wlihdrawala. , V

‘Includes pet roleumderived fuels and noO.petroie~lm derived fuels, such as ethanol biodiesel, and coal-based synthetic liquids. Petroleum coke, which Is a
solid, is Included. Also included are natural gas plant liquids, crude oIl consumed as a fuel, arid liquid hydrogen. Refer to Table A17 for detailed renewable liquid
fuels consumption. VV V V V

10Exclud00 cosl converted to coal’besed synthetic liquids. V

11tnctudes grid-conneCted electricity from wood and wood waste, non-eleciric energy from wood, and blolueis heat and ooproducts used in the production of
liquid tunis, but excludes the energy content of the liquid fuels. V

“Includes non.blogenic municipal waste and net eleclricity imports. V

“WeIghted average prica delivered to u.s. refiners. V

“Represents lower 46 onshore and offshore supplies. V

“inotudos reported prices for both open market and captive mines,
“Prices weighted by consumption; weighted average pxcludea roaldentlat and commorcial prices, and export free-alongside-shIp (f.a.a.) prices.
Btu = British thermal unit. V V
- - = Not applicable. V V

Note: Totals may not equal sum of components due to Independent rounding. Data for 2005 and 2006 are model resutis and may cOtter slightly from olticlel EtA
data reports. V V

Sources: 2005 natural gas supply values: Energy Intormation Administration (EtA), Natural GasAnnual 2005, DOE/EIA-0131 (2006) (Washington, DC,
November 2006). 2006 natural gas supply values and natural gas welihead price: EtA, Natural Gas Monthly, DOEIE1A-0130(2007/04) (Washington, DC, April
2007), 2005 natural gas wolihead price: Minerals Management Service and EtA, Natural Gas Annual 2005, DOEIEIA-G1 31 (2005) (WashIngton, DC, November
2006). 2005 and 2006 coat miriemouih and delivered coal prices: EtA, Annual Coal Report 2006, DOEIEIA-0584(2006) (Washington, DC, November 2007). 2006
petroleum supply values and 2005 crude oil and lesse condensate produclion: EIA, Petroleum Supply Annual 2006, DOE/EIA-0340(2006)/1 (Washington, DC,
September 2007). Other 2005 petroleum supply values: EIA, Petroleum Supply Annual 2005 DOE/EIA-0340(2005)/1 (WashIngton, DC, October 2006). 2005 and
2006 tow sulfur tight crude oil price: EtA, Porn, EIA-856, “Monthly Foreign Crude Oil Acquinition Report.” Other 2005 and 2000 coal values: Quarterly Coal Report,
October-December2006, DOE/E1A-0121(2006/4Q) (Washington, DC, March 2007). Other 2005 and 2006 values: EIA, Annual Energy Revlow2006, DOEIEIA
0364(2006) (WashIngton, 00, June 2007). Prolections: CIA, AE02008 Nelional Energy Modeling System run AEO2008.D030208F. V
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Energy Consumption

Reference Case

Reference Case - - Annual
I Growth

006-2030j_~05 2006 2010 2015 2020 2025 2030 (percent)

Residential
LIquefied Petroleum Gases
Kerosene
DistIllate Fuel OIl

LIquid Fuels and Other Petroleum Subtotal.
Natural Gas
Coal
Renewable Energy1
Electricity
Delivered Energy

Electricity Related Losses
Total

Commercial
Liquefied Petroleum Gases
Motor Gasoline2
Kerosene
DIstillate Fuel Oil
Residual Fuel OIl
Liquid Fuels and Other Petroleum Subtotal.

‘~Naturai Gas
~Coai
Renewable Energy7
Electricity
Delivered Energy

‘Electricity Related Losses
Total

Industrial4
Liquefied Petroleum Gases
Motor Gasoline2
Distillate Fuel Oil
Residual Fuel Oil
Petrochamical Feedstocks
Other Petroleum5

Liquid Fuels and Other Petroleum Subtotal
Natural Gas
Natural-Gas-to-Liquids Heat and Power
Lease and Plant Fuel6

Natural Gas Subtotal
Metallurgical Coal
Other industrial Coal
Coal-to-Liquids Heat and Power
Net Coal Coke imports
Coal Subtotal

Blofuels Heat and Coproducts
Renewable Energy7
Electricity
Delivered Energy

Electricity Related Losses
Total

0.00 0.00 0.13
0.06 0.03 0.03

1.94 1.92 1.93 1.92
0.24 0.30 0.67 1.00
1.64 t69 1.66 1,75
3.48 3,42 3.50 3.61

25.03 25.10 25.82 26.31
7.59 7.45 7.50 7.63

32.62 32.55 33.32 33.93
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Table A2. Energy Consumption by Sector and Source
(Quadrillion Btu per Year, Unless Otherwise Noted)

Sector and Source

0.50 0.47 0.48
0.09 0.07 0.08
0.85 0.70 0.75
1.45 1.25 1.31
4.97 4.50 4.95
0.01 0,01 0.01
0.45 0.41 0.44
4.64 4.61 4.95

11.52 10.77 11.66
10.12 10.04 10.59
21.64 20.82 22.25

0.50 0.52
0.08 0.08
0.75 0.73
1.33 1.33
5.16 5.30
0.01 0.01
0.42 0.40
5.02 5.25

11.95 12.30
10.61 11.08
22.56 23.39

0.54
0.08
0.69
1.31
5.35
0.01
0.39
5,53

12.58
11.57
24.15

0.09
0.05
0.02
0.42
0.10
0.68
3.63
0.08
0.13
6.15

10.67
12.87
23.54

0.55 0.7%
0.08 0.5%
0.65 ‘0.3%
1.29 0.1%
5.32 0.7%
0.01 -0.4%
0.38 -0.3%
5,88 1.0%

12.88 0.7%
12.14 0.8%
25.01 0.8%

0.09 0.6%
0.05 0.4%
0.02 0.2%
0.41 -0.0%
0.10 -0.4%
0.68 0.0%
3.78 1.1%
0.08 -0.1%
0,13 - -

6.62 1.7%
11.30 1.3%
13.68 1.5%
24.98 1.4%

0.09
0.05
0.02
0.41
0.10
0.68
3,47
0.08
0.13
5.67

10.03
11.96
21.98

0.09
0.05
0.02
0.45
0.12
0.72
3.09
0.09
0.13
4.35
8.38
9.50

17.87

2.07
0.37
1.26
0.28
1.41
4.39
9.79
6.79
0.00
1.14
7.93
0.62
1.28
0.00
0.04

0.08
0.05
0.02
0.42
0.11
0.68
2.92
0.08
0.13
4,43
8.25
9.66

17.91

2.09
0.38
1.28
0.28
1.41
4.48
9.92
6.68
0.00
1.17
7.85
0.60
1.26

0.09
0.05
0.02
0.38
0.10
063
304
0.08
0.13
4.73
8.62

10.12
18.74

2.12
0.38
1.29
0.28
1.36
4.25
9.67
7.16
0.00
1.21
8.37
0.60
1.31

0.09
0.05
0.02
0.41
0.10
0.67
3.29
0.08
0.13
5i9
9.37

10.98
20.34

1.97
0.37
1.25
0.25
1.45
4.30
9.60
7.21
0.00
1.22
8.43
0.54
1.22

1.83 1.74 1.71 -0.8%
0.37 0.38 0.38 0.1%
1.23 1.22 1.23 -0.2%
0.23 0.23 0.23 -0.9%
1.39 1.33 1.29 -0.4%
4.22 4.25 4.41 -0.1%
9.27 9.15 9.25 -0.3%
7.14 7.17 7.08 0.2%
0.00 0.00 0.00 - -

1.25 1.27 1.27 0.3%
8.39 8.44 8.35 0.3%
0.54 0.52 0.48 -0.9%
1.20 1.19 1.18 -0.3%
0.34 0.39 0.55 - -

0.04 0.04 0.04 -1.8%
2.11 2.14 2.26 0.7%
1.49 2.28 2.31 8.9%
1.83 1.93 2.02 0.7%
3.59 3.55 3.52 0.1%

26.70 27.50 27.70 0.4%
757 7.43 7.28 -0.1%

34.27 34.93 34.98 0.3%



Reference Case

Table A2.. Energy Consumption by Sector and Source (Continued)
(Quadrillion Btu per Year. Unless Otherwise Noted):

- ‘ -. Reference Case Annual
. Growth

Sector and Source 006-2030
. 2005 2006 2010 2015 2020 2025 2030 (percent)

Transportation
Liquefied Petroleum Gases
E85°
Motor Gasoilne~
Jet Fuel°
Distillate Fuel 01110
Residual Fuel Oil
Liquid Hydrogen
Other Petroleum~

Liquid Fueis and Other Petroleum Subtotal
Pipeline Fuel Natural Gas
Compressed Natural Gas
Electricity

Delivered Energy
Electricity Related Losses
Total

0.01 002 0.02 0.01 0.01 001 0.01 -1.0%
0.00 0.00 0.00 0.16 0.97 1.42 134 33.5%

17.02 17.20 17.25 17.46 16,56 . 15.83 1~5.97 -0.3%
3.22 3.16 3.44 3.82 4.15 4.48 4.79 1.8%
5.99 6.18 6.54 7.13 7.63 8.25. .8.98 1.6%
0.83 0.83 0.85 . 0.85 0.86. 0.86 0.87 0.2%
0.00 0.00 0.00 0.00 0.00 0.00’’ 0.00 44.8%
0.19 ‘0.18 0.17 0.18 0.18 0.18 0.18 0.0%

27.26 .27.57 28.29 29.63 30.37 31.03 32.15 0.6%
0.60 0.59 0.64 0.66 0.6.9 0.72 0.72 0.8%
0.02 .0.02 0.04 0.06 0,07 0.08 0.08 6.0%
0.02 :• 0.02 . 0.02 0.02 ‘ 0.03 0.03 .0.03 ‘~ 1.3%

:27.90 28.20 28.98 30.37 31.15 31.86 32.98 0.7%
0.05 0.05 0.05 0.05 0.06 0.06 0.06 . 1.1%

27.95 28.25 29.03 30.42 31.21 31;92 33.04 0.7%

Delivered Energy Consumption for All
Sectors . . . . . . , . .

LIquefied Petroleum Gases., . 268 2.65 , 2.70 . 2.57 2.45 2.39. 2.37 -0.5%
E85’ 0.00 0.00 , 0.00 0.18 0.97 1.42 1.34 . 33,5%
MotorGasollne2.,...‘ 17.44 . 17.62 ,. 17.68 17.89 . 16.99 16.26 16.40 -0.3%
Jet Fuel9,., 3.22 , .3.16 3,44 3,82 4.15 .4.48 . 479 . 1.8%
Kerosene ............~ 0.14, . 0.11 . 0.12 0.12 .~ 0.13 , .0.13 . 0.13 0.4%
Distillate Fuel Oh . 8.56 .. 8.59 8.97 955 1000 . 10.58 . 1128 1.1%

Residual Fuel on 1.22 ‘‘ 1.23~ . 1.23 1.21 1.19 1.19 1.20. . -0.1%
Petrochemical Feedstocks 1.41 1.41 ‘, , 1.36 1.45 1.39 1.33 . 1.29 -0.4%
Liquid Hydrogen ...‘.......‘ , 0.00 “ .0,00 . 0.00 0.00 . 0.00 . 0.00 0.00 . ‘ 44.8%
Other~ 4.55 .4.64 4.40 . 4.45 4.38 4.41 4~56 -0.1%

Liquid Fuels and Other Petroleum Subtotal 39.23 39.41 , 39.90 41.23 41.65 42.17 43,37 0.4%
Natural Gas 14.86 14.12 15.19’ 15.72 15.98 16.22 16.27 0.6%
Natural-Gas-to’Llquids Heat and Power 0.00 0.00 0.00 0.00 0.00 .0.00 0.00 . - -

~‘Lease and Plant Fuel6 1.14 . 1.17 1.21 1.22 1.25 1.27 1.27 0.3%
Pipeline Natural Gas’ 0.60 0.59 0.64. 0.66 0.69 , 0.72 0.72 0.8%

Natural Gas Subtotal ....,.,......,‘.....‘ 16.61 ‘ 15.88 17.04 17.60 17.93 18.22 18.26 0.6%
Metallurgical Coal . 0.62 0.60 0.60 0.54 . 0.54 0.52 0.48 -0.9%
OtherCoai ,,,..,..,...; . 1.38 ‘ 1.35 ‘ “ 1.40 1.31 1.29 1.28 1,27 -0.3%
Coal-to-Liquids Heat and Powor 0.00 ‘0.00 , .0.00 0.13 , .0.34 0.39 . 0.55 . - -

Net Coal Coke Imports 0.04 . 0.06 0.03 ‘ 0.03 0.04 0.04 0.04 -1.8°!,
Coal Subtotal ‘ 2.04 2.01 2.03 2.01 2.21 2.23 2.35 0.6%

Blot usia Heat and Coproducts 0.24 0.30 0.67 1.00 1.49 2.28 2.31 8.9%
Renewable Energy13 , 2.22 2.23 2.23 ‘2.29 ‘2.37 . 2.45 2.52 0.5%
Electricity ,....................‘ 12.49 12.49 , 13.20 , 13.85 ‘ 14.54 15.26 ‘16.05 1.1%
Delivered Energy 72.82 .72.32 ‘ 75.08 77.99 80.18 ‘ 82.61 84.86 0.7%

Electricity Related Losses 27.26 27.19 ‘ 28.26 29.27 30.67 31.93 33.16 0.8%
Total . 1.00.08 99.52 103.34 107.26 110.85 114.54 118;01 0.7%

118

Electric Power14 .

Distillate Fuel Oil ,,,,,.,,,.,.....,..... 0.21 0.18 ‘ 0.18 ‘0.18 0,20 0.21 0,23 ‘0.9%
Residual Fuel Oil 1.03 0.46 . 0.38 0.39 0.39 0.40 0.40 ‘ -0.6%
Liquid Fuels and Other Petroleum Subtotal . 1.24 0.64 .0.56 0.57 0.59 0,61 0.63, . -0.1%

Natural Gas ......... .‘ 6.04 6.42 . 6.89 6.75 6.09 5.45 5.13 -0.9%
Steam Coal ao.74 20.48 21.01 22.18 23.67 ‘ 25.51 27.55 1.2%’’
Nuclear Power ‘8.16 8.21 8.31 ‘ 8.41 . 9.05 . 9.50 . 9.57 0.6%
Renewable Energy15 3.49 ‘ . 3.74 4.53 5.05 ‘ 5.64’ 5.94 . 6.13 2.1%
Electricity imports 0.08 ‘ 0.06 0.05’ 0.04 ‘ 0.04 0.05 0.08 1.0%
Total16 39.73 39.68 41.46 43.12 45.21 47.19 49.21 0.9%
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Reference Case

Table A2. Energy Consumption by Sector and Source (Continued)
(Quadrillion Btu ~er Year, Unless Otherwise Noted)

Reference Case Annual
L~ Growthec or an ource 006-2030

2005 2006 2010 2015 2020 2025 2030 (percent)

Total Energy Consumption
Liquefied Petroleum Gases 2.68 2.65 2,70 2.57 2.45 2.39 2.37 •0.5%
E858 0.00 0.00 0.00 0,18 0.97 1.42 1.34 33.5%
Motor Gasoline2 17.44 17.62 17.68 17.89 16.99 16.26 16.40 -0.3%
Jet Fuel8 3.22 3.16 3,44 3.82 4.15 4.48 4.79 1.8%
Kerosene 0.14 0.11 0.12 0.12 0.13 0.13 0.13 0.4%
Distillate Fuel Oil 8.76 8.77 9,15 9.73 10.20 10.79 11.51 1.1%
Residual Fuel Oil 2.26 1.69 1.60 1.59 1.58 1.59 1.60 -0.2%
Petrochemical Feedstoriks 1.41 1.41 1.36 1.45 1.39 1.33 1.29 -0.4%
Liquid Hydrogen 0.00 0.00 0.00 0.00 0.00 0.00 0.00 44.8%
Other Petroleum12 ..,..,.,..,,,...,,,,, 4.55 4.64 4.40 4.45 4.38 4.41 4.56 -0.1%

LIquId Fuels and Other Petroleum Subtotal , 40.47 40.06 40.46 41.80 42.24 42.78 43.99 0.4%
Natural Gas ....,.,...,.,,,,,,.,.,,, 20.90 20.54 22.08 22.47 22.07 21.67 21.40 0.2%
Natural-Gas-to-Liquids Heat and Power .. 0.00 0.00 0.00 0.00 0.00 0.00 0.00 - -

Lease and Plant Fuel6 ......,,....,,,, 1.14 1.17 1.21 1.22 1.25 1.27 1.27 0.3%
Pipeline Natural Gas 0.60 0.59 0.64 0.66 0.69 0.72 0.72 0.8%

Natural Gas Subtotal 22.65 22.30 23.93 24.35 24.01 23.66 23.39 0.2%
Metallurgical Coal 0.62 0.60 .0.60 0.54 0.54 0.52 0.48 ~0.9%
OtherCoal 22.12 21.83 22.41 23.49 24.96 26.79 28.82 1.2%
Coal-to-Liquids Heat and Power 0.00 0.00 0.00 0.13 0.34 0.39 0.55 - -

Net Coal Coke Imports ..,,.,,,,..,..., 0.04 0.06 0.03 0.03 0.04 0.04 0.04 -1.8%
Coal Subtotal 22.78 22.49 23.03 24.19 25.87 27.75 29.90 1.2%

Nuclear Power 8.16 8.21 8.31 8.41 9.05 9.50 9.57 0.6%
Biofuels Heat and Coproducts .,.,.,,,, 0.24 0.30 0.67 1.00 1.49 2.28 2.31 8.9%
Renewable Energy17 5.71 5.97 6.76 7,34 . 8.01 8.39 8.66 1.6%
Electricity Imports 0.08 0.06 0.05 0.04 0.04 0.05 0.08 1.0%
Total 100.08 99.52 103.34 . 107.26 110.85 114.54 118.01 0.7%

Energy Use and Related Statistics
Delivered Energy Use 72.82 72.32 75.08 77.99 80.18 82.61 . 84.86 . 0.7%
Total Energy Use 100.08 99.52 103.34 1 07.26 110.85 114.54 118.01 0.7%
Ethanol Consumed In Motor Gasoline and E85 0.34 0.47 1.05 1.34 1.82 2.06 2.01 6.2%
Population (millions) 297.34 300.13 310.85 324.29 337.74 351.41 365.59 0.8%
Gross Domestic Product (billion 2000 dollars) 11004 11 319 12453 14199 15984 17951 20219 2.4%
Carbon Dioxide Emissions (million metric tons) 5981.5 5890.3 6010.6 6226.2 6384.1 6570.6 6851.0 0.6%

‘lnOludes wood used for residential healing. See Table A4 and/or Table Al 7 for esiimates.of nonmerkefed renewable energy consumption for geofhermai heat
pumps, eolsr thermal hot wafer loafing, and solar photovoltaic eleofriolfy generation.

6lnciudes efhanol (blends of 10 percent or loss) and ethers blended into gasoline.
2Excludoo efhanoi. Includes commercial sector consunipfion of wood and wood wssfe, lsndlili gas, municipal wasfo, and other blomsss for combined host and

power. See Table AS and/or Table A17 for estimates of nonmarkefed renewable energy consumption for solar thermal hot waler hosting end solar photovottaic
electricity gonerafion.

1lnciudes energy for combined host and power plants, excepf fhose whose primary business is fo sell olocfricity, or electricIty and heat, fo the public.
6lnciudes petroleum coke, asphalt road oil, lubricants, still gas, and mlscelisnoous petroleum products.
6Roprasents natural gas used In well, field, and lasso operaflons, end In naturai gas processing plant machinery.
7lncludes consumption of energy produced from hydroelectric, wood end wood west e, municipal waste, and other biomass sources, Excludes ethanol blends

(10 percent or less) in motor gasoline.
6E85 refers to a blend of 85 percent ethanol (renewable) and 15 percenf mofor gasoline (nonrenewable). To address cold starting issues, the percentage of

ethanol varies seasonafly. The annual average ethanol content of 74 percent Is used for this torecasf.
5inoludes only kerosene type.
10Diesel fuel for on- and ott- road use,
~includes aviation gasoline and lubricants.
12includes unlinished oils, natural gasoline, motor gasoline blending components, aviation gasoline, lubricants, still gas, asphalt, road oil, petroleum coke, and

miscellaneous petroleum products.
15lnciudes electricity generated for sale to the grid and for own use from renewable sources, and non-electric energy from renewable sources. Excludes ethanol

and nonmarkefed renewable energy consumption for geothermal heat pumps, buildings photovoilalc systems, end solar thermal hot water heaters.
14lncludes consumption of energy by electricity-only and combined heat and power plants whose primary business In to sell electricify, or eloofrihify and heat to

the public. Includes small power producers and exompi wholosale generators.
16includes conventional hydroeleclrlc, geothermal, wood and wood waste, blogenic municipal waste, oilier biomess, petroleum coke, wind, phofovoltalc and solar

thermal sources. Excludes net electricity imports.
‘9ncludes non-blogenlo municipal waste not Included above.
17lncludes conventional hydroelectric, geothermal, wood and wood waste, blogenic municipal wasfe, other biomass, wind, phofovoitalc and solar thermal

sources. lncludns petroleum coke used in the electric power sector. Excludes ethanol, net electricity imports, end sonrirarketed renewable energy consumplion for
geothermal heat pumps, buildings phofovotfalc systems, end solar fhermai hot wafer healers.

Bfu = British thermal unit.
- - Not applicable.
Note: Tofels may not equei num of componenis due to Independent rounding. Data for 2005 and 2008 are modal resulls and may cRier slightly from otlicial CA

data reports. Consumption values of 0.00 are valuns that round to 0.00, because they are less than 0.005.
Sourcee: 2005 and 2008 consumptIon based on: Energy Intormatlon Admisisfrafion (CA), Annual Energy Review 2006, DOE/EIA-0384(2006) (Washington,

DC, June 2007), 2005 end 2006 populatIon and gross domestic product: Global insight, Global insight industry and Employmeni models, July 2007. 2005 and
2006 carbon dioxide emissIons: EtA, Emissions of Greenhouse Gases/n the United States 2006, DOE/EIA-0571t(2006) (Washingion, DC, November 2007).
Projeotlone: CA, A80200a National Energy ModelIng System run AE02008.D030208F,
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Reference Case

Table A3. Energy Prices by Sector and Source
(2006 Dollars per Millioii Btu. Unless Otherwise. Noted)

. V V Reference Case Annual
. V V V Growth

Seotor and Source V 006-2030
2005 2006 2010 2015 2020 2025 2030 (percent)

V Residential V V V V

V Liquefied Petroleum Gases •. 18,63 23.08 V 25.21 24.15 24.23 24.63 26.43 0.4%
Distillate FuelOil 16.98 17.94 V 17.21 14.27 14.27 V 15.14 •16.27 .0.4%

V NaturalGas 12.85 13.40 1215 1 11.39 11.94 12.91 -0.2%
Electricity 28.52 30,52 31,37 30.04 V 30.20 30.33 30.63 0.0%

Commercial V V V V V

Distillate Fuel Oil V 13.62 14,59 15.24 12.88 13.24 13.88 15.00 0.1%
ResIdual Fuel Oil 11.21 8.60 10.06 7.95 7~95 V 8,62 9.22 0.3%
Natural Gas .~ V 11.53 1150 10.59 9.68 9.91 10.47 11.43 -0.0%
Electricity ............................ 26.12 27.75 27.89 25,52 25.64 25.71 26.17 -0.2%

Industrial1 V V V

Liquefied .Petroteum Gases 17.54 19.71 17.74 16.65 16.79 17.10 17.79 -0.4%
V E3istlllateVFuei OIl 14.50 15.33 15.72 V 13.95 14.62 15.10 16.26 0.2%

V V Res dual Fuel Oil 10.43 9.06 10.86 8.24 8.29 9.00 9.62 .0.2%
Natural Gas2 8,37 7.66 7.21 6.15 6.21 6,56 V 7.29 V -0.2%
Metallurgical Coal V VV 3,29 3,54 4.07 3.53 3.42 . 3.51 .3.60 0.1%
Other lndu~trlal Coal~ V 2.22 2.34 .. 242 2.31 2.28 2.30 2.33 -0.0%
Coal br Liquids~ . - - 0.96 1.09 1.17 V 130 - -

V ElectricIty 17.25 17.97 19.21 17.22 17.27 17.30 17.63 -0.1%

Transportation: V , V V V V

Liquefied Petroleum Gases~; V 20.49 21.72 .26.03 24.93 24.94 V V 25.28 26.03 0.8%
E85~ V ,;, ,~ V V 23.89 V 24.81 V 23.58 17.61. V 18.15 18.50 19,62 -1,0%
Motor Gasoline5 ~ ,. al,19! .21.23 18.80 19.64 19,67 20.37 -0.2%
Jet Fuel5 ~V 13.30 14.83. 1577 13.16 13.27 14.15 15.37 0.1%
Diesel Fuel (distillate tuel oil)7 18,09 19,72 19.68 .. 1765 18.26 . 18.54 19.59 -0.0%
ResIdual Fuel Oil ..,.....,...........~ 8.68 . 7.89 10.63 8.56 8.69 V 9.50 10.39 . 1.2%
Natural Gas9 ....,, 14.55 14.28 13.60 12.34 12.15 12.28 12.83 -0.4%

V Electricity 30.79 29.73 30.95 28.95 29.05 28.95 . 29.65 -0.0%

Electric Power9 V V V V V

Distillate Fuel Oil 12.62 13.35 13.62. 10.67 10,69 11.59 12.71 -0.2%
Residual Fuel Oil V.:,.,.......:...V...... 8.17 V .945 V 7.41 7.50 8.25 9.04 0.4%
Natural Gas V 8.44 6.87 6.96 5.93 V ~ 6.26 6.93 V 0.0%

V Steam Coal 1.59 169 1.84 1.74 V 1.72 V 1.74 V 1.78 0,2%

Average Price to All User&° V V V V V V V V V

Liquefied Petroleum Gases 17.75 20.35 . 19.27 18.32 . 18.59 19.03 19.82 -0.1%
E854 •V 23.89 24.81 23.58 17.61 18.15 18.50 19.62 -1.0%
Motor Gasoline5 V. VVV 19.18 21.06 21.23 18.80 19.64 V V V 1967 20.37 . 01%

V Jet Fuel ,.,,,,,...,,...,,,., 13430 14.83 15.77 V 13,16 13.27 14.15 15.37 0.1%
Distillate Fuel Oil .,,......,.,,........• . 17.11 V 18.56 18.48 16.57 17.20 17.62 18.74 0.0%
Residual Fuel Oil 8.44 8.21 10.31 8.19 8.29 V 9,06 9.87 V 0.8%
Naiurai Gas V 99~3 9.22 8.72 7.78 7.98 8.49 9.36 0.1%
Metallurgical Coal 3.29 3.54 4.07 3.53 3,42 V V 3.51 . 3.60 0,1%
OtherCoal 1.63 1.73 1.88 1.77 1.75 1.77 1.81 . 0.2%
Coal for Liquids - - - - -. 0.96 1.09 1.17 1.30 V - -

Electricity~ 24.55 26.10 26.90 25.00 25.23 25,43 25.93 -0,0%
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Reference Case

Table A3. Energy Prices by Sector and Source (Continued)
(2006 Dollars per Million Btu, Unless Otherwise Noted)

Reference Case Annual
Sector and Source

~ 2005 2006 2010 2015 2020 2025 2030 (percent)

Non-Renewable Energy Expenditures by
Sector (billIon 2006 dollars)

Residential 221.30 225.38 241.71 23260 243.22 256.33 274.70 0.8%
Commercial 159,35 166.54 174.38 173,76 189.37 206.24 227.37 1.3%
Industrial 203.06 205.11 224,65 197.41 193.16 194.97 203.93 -0.0%
Transportation 489.23 542.63 560.74 514.93 530.80 539.68 587.86 0.3%

Total Non-Renewable Expenditures 1072.94 1139.66 1201.48 1118.69 1156.54 1197,22 1293.86 0.5%
Transportation Renewable Expenditures... 0.03 0.03 0.06 3.14 17.64 26.21 26.35 32.2%
Total Expenditures 1072.96 1139.70 1201.54 1121.83 1174.18 1223.43 1320.22 0.5%

1inciudes energy tot combined heat and power plants, except those Whose primary business is to seli electricity, or electricity end heal, to the public.
5Excludas use for lease and plant fuel.
3inctudes Federal and State taxes while excluding county and local taxes.
~E85 rotors to a blend of 85 percent ethanol (renewable) and 15 percent motor gasoline (nonrenewable). To address cold starting issues, the percentage ol

ethanol varies seascnaliy. The annual average ethanoi content of 74 percent Is used for this forecast.
6Saies weighted-average price for all grades. Includes Federal, State and local taxes.
~Kerosene-type jet tuei. inciudes Federal and State taxes while occluding county and local taxes.
7Diesei fuel for on-road use. Includes Federal and State taxeS while excluding county and locai taxes.
5Compressed natural gas used as a vehicle fuel, includes estimated motor vehicle lual taxes and estimated dispensing costs or charges.
lnciudes electricity-only and combined heat and pewer plants whose primary business Is to sell electricity, or electricity and heat, to the public.

10Weighted averages of end-use fuel prices are derived from the prices shown In each sector and the corresponding neclorai connumption.
Stu = British thermal Unit.
-, Not applicable.
Note: Oats Icr 2005 and 2006 are model results end may differ siightly from oflicisi EIA data reports.
Sources: 2005 end 2006 prices for motor gasoline, distitisle fuel oil, and jet fuel are based on prices In the Energy Information Administration lOlA>, Petroleum

MarketingAnnual 2006, DOEIEIA-0487(2006) (Washington, DC, August 2007>. 2005 residential and commercial natural gas dshvered prices: EIA,Nafural Gas
AnnUal 2005, 002IEIA-Oi3l(2005) (Washington, DC, November 2006). 2006 residential and commercial natural gas delivered prices: EIA, Natural Gas Monthly,
005/EiA-0130(2007/04) (Washington, DC, April 2007). 2005 end 2006 IndustrIal naiurai gas delivered prices are estimated based on: EIA, Manufacturing Energy
Consumption SUrVeY 1994 and industrial and welthead prices from the Natural Gas Annual 2005, DOB/EIA-ol 31(2005) (Washington, DC, November 2006) and the
Natural Gas Monihly, 002IEIA-013o(2007104) (Washington, DC, April 2007). 2005 transperlstion sector natural gas delivered prices are based on: EtA, NaIuml
Gas Annâal 2005, DOE/E1A-0131 (2005) (Washington, DC, November2006) and estimated state taxes, federal taxes, and dispensing costs or charges. 2006
transportalion sector natural gas delivered prices are modei results. 2005 and 2006 electric power sector natural gas prices: EtA, Electric Power Monthly,
OOEJE1A-C226, May 2003 through April 2004, Table 4.11 A. 2005 and 2006 coal prices based on: EIA, Quarterly Coal Report, Qciobar’Dacambar2006,
000/EIA-0121(2006/4Q) (Washington, DC, March 2007) and EtA, AE02008 National Energy Modeling System run AE02008.D030208F. 2005 end 2006
electricity prices: EtA, Annual Energy Review 2006’, DOE/EIA-0384(2005) (Washington, DC, June 2007). 2005 end 2006 E85 prices derived from monthly prices In
the Clean Cities Alternative Fuel Price Report. Projections: EIA, AE02008 Nationsi Energy Medeilng System run AE02008.DO3O20SF,
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Reference Case

Table A4. Residential Sector: Key Indicators and Qónsumption
~adHIIion Riii r~rV~r: - - ‘ Noted)

Reference Case I AnnLJSl
I Growth
~006-2030

2005 2006 I 2010 2015 2020 2025 2030 I(p~~ehht)

Key Indicators
Households (millions)

Sir-igle-Family . .- 79.65 80.81 83.48 88.66 . 93,38 97.49 101.28 0.9%
Multifamily 24.49 . 24.81 25.86 27.42 29.05 30.69 32.44 1.1%
Mobile Homes 6.94 6,89 6.67 6.65 6.73 6.78 6.86 -0.0%
Total 111;09 112,51 116.00 122.73 . 129.15 134.96 14Q,58 0.9%

Average House Square Footage ........... 1802 . 1815 1858 1916 1965 2008 g046 0.5%

Energy Intensity . ..

(million Btu per household) . .

Delivered Energy Consumption 103.7 95.8 100,5 97.3 95.3 93.2 91.6 -0.2%
Totq~ Energy Consumption 194.8 185.0 191,8 183.8 181.1 179.0 177.9 -0,2%

(thousand Btu per square foot> .

Delivered Energy Consumption 57.5 52.8 54.1 . 50.8 48.5 46,4 44.8 -07%
Total Energy Consumption 108.1 101.9 103.2 95.9 92~l 89,1 87.0 . -0.7%

Delivered Energy Consumption by Fuel . .

Electricity.
Space Heating 0.31 0.27 0.30 0,32 0.32 0.33 0.3.3 0.8%
Space Cooling 0.82 0.75 0.79 0.85 0.91 0,97 1.04. . 1.4%
Water Heating 0.38 0.38 .0.38 0.40 0.42 0,43 0.43 0.5%
Refrigeration .0.39 0.39 0.37 . . 0.36 . . 0.37 0.38. 0,39 •.

Cooking 0.10 0,10 0.11 . .0.12 . 0.12 .0.13 .. .0.14 .. . 1.2%
Clothes Dryers ~ 0.25 0.25 . 0.25 0.26 0.27 . 0.28 0.30 0.6%
Freezers 0.08 0:08 0,08. . 0.08. . 0.09 0.10 ‘0.11 1,3%
Lighting . 0,73 0.74 .. ‘0.72’ 0.55 0.51 0.47 . 0.49 -1.7%
Clothes Washer& 0,04 0.03 0.03 . 0.0.3 . 0.03 . 0.03 -1.1%
DishwasherS, .~ 0.10 0.10 .. 0.09 0.09 . o.io 0.10 0,11 0.4%
Color Televisions ~nd Set-Top Boxes 0.30 . 0.33 0.39 0.40 0.43 0.48 :0.55 2.2%
personal Computers 0.07 .0.07 0.10 ~. 0,11 0.12 0.14 . 0.16 . 3.6%
Fumäcé Fans 0.06 0.05 0.06 .‘ 0.07 0.07 0.08 0.08 1.6%
Other Uses2 1.01 1.05 1.26 1.37 1.49 1.61 1.73 2.1%

Delivered Energy 4.64 4.61 . 4.95 5.02 5.25 5.53 5.88 1.0%

Natural Gas
Space Heating 359 3.13 357 3,73 3.83 3.87 3.88 0,9%.
Space Cooling 0.00 0,00 0.00 0.00 . 0.00 0.00 0.00 24.1%
WatarHeating ,.........,............. 1.09 1.08 1.08 1.12 1.15 1.14 1.09 0.1%
Cooking 0.22 0.22 0.22 0.24 0.25 0.26 0.26 0.8%
Clothes Dryers 0.07 0.07 0.07 0.08 0.08 0.08 0.08 0.6%

Delivered Energy , . 4.97 4.50 4.95 5.16 5.30 5.36 5.32 0.7%

Distillate Fuei Oil
Space Heating 0.75 0.60 0.66 0.66 0.65 .0,62 0.59 -0.1%
WaterHeating 0.11 0.10 0.09 0.09 0.08 0.08 0.07 -1.8%

Delivered Energy 0.85 0.70 0.76 .0.75 0.73 . 0.69 0.65 -0.3%

Liquefied Petroleum Gases
Space Heating 0.26 0.23 0.24 0.24 0,24 0.23 0.23 0.0%
Water Heating 0.06 0,06 0.05 ~. 0.05 0.05 .0.04 0.04 -1.1%
Cooking 0.03 0.03 0.03 0.03 0.03 0:03 0.03 0.3%
Other Uses2 0.15 0,15 0.16 0.18 0.20 0.22 0.25 2.0%

Delivered Energy . . 0.50 0.47 0.48 0.50 .0.52 0.54 0.55 0.7%

Marketed Renewabias (wood)4 0.45 0.41 0.44 0.42 0.40 0.39 0.38 -0.3%
Other Fuels5 0.10 0.08 0.09 0.09 0.09 0.09 0.09 0.4%
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Reference Case

Table A4. flesidential Sector Key Indicators and Consumption (Continued)
(Quadrillion Btu oer Year. Unless Otherwise Noted)

Reference Case Annual
Key Indicators and Consumption

2005 2006 2010 2015 2020 2025 2030 (percent)

Delivered Energy Consumption by End Use
Space Heating 5,46 4.72 5.30 5.46 5.53 5.53 5.50 0.6%
Space Cooling 0.82 0.75 0.79 0.85 0.91 0.97 1.04 1.4%
WaterHeating 1.64 1.62 1.61 1.66 1.70 1.69 1.63 0.0%
Refrigeration 0.39 0.39 0.37 0.36 0.37 0.38 0.39 0.0%
Cooking 0.35 0.35 0.36 0.38 0.41 0.42 0.43 0.9%
Ciothes Dryers 0.32 0.33 0.33 0.34 0.35 0.36 0.38 0.6%
Freezers 0.08 0.08 0.08 0.08 0.09 0.10 011 1.3%
Lighting 0.73 0.74 0.72 0.55 0.51 0.47 049 -1.7%
Ciothes Washers ....,,...,,.,..,..,,., 0.03 0.04 0.03 0.03 0.03 0.03 0.03 -1.1%
Dishwashers 0.10 0.10 0.09 0.09 0.10 0.10 0.11 0.4%
Color Televisions and Set-Top Boxes 0.30 0.33 0.39 0.40 0.43 048 0.55 2.2%
PersonaiComputers 0.07 0.07 0.10 0.11 0.12 0.14 0.16 3.6%
Furnace Fans 0.06 0.05 0.06 0,07 0.07 0.08 0.08 1.6%
OtherUsese ...............,,...,..,, 1.16 1.21 1.42 1.56 1.69 1.83 1.98 2.1%

Delivered Energy 11.52 10.77 11.66 11.95 12.30 12.58 12.88 0.7%

Electricity Related Losses 10.12 10.04 10.59 10.61 11.08 11.57 12.14 0.8%

Total Energy Consumption by End Use
Space Heating 6.14 5.31 5.95 6.13 6.21 6.22 6.18 0.6%
SpaceCcoling 2.61 2.39 2.48 2.64 2.83 3.01 3.19 1.2%
Water Heating 2.47 2.44 2.43 2.51 2.59 2.59 2.52 0.1%
Refrigeration 1.26 1.24 1.15 1.12 1.14 1.16 1.20 -0.1%
Cooking 0.57 0.58 0.60 0.63 0.67 0.70 0.72 0.9%
Clothes Dryers 0,88 0.88 0.87 0.90 0.92 0.95 0.99 0.5%
Freezers 0.27 0.26 0.25 0.26 0.29 0.31 0.34 1.1%
Lighting 2.31 2.35 2.26 1.71 1.58 1.47 1.49 -1.9%
Clothes Washers 0.11 0.11 0.10 0.09 0.08 0.08 0.08 -1.2%
Dishwashers 0.31 0.30 0.29 0.29 0.30 0.31 0.33 0.3%
CoiorTeievisions and Set-Top Boxes 0.95 1.05 1.23 1.26 1.33 1.49 1.69 2.0%
Personal Computers 0.21 0.21 0.30 0.34 0.38 0.43 0.48 3.5%
Furnace Fans 0.19 0.17 0.20 0.21 0.23 0.24 0.24 1.5%
Other Uses5 3.37 3.50 4.13 4.46 4.84 5.19 5.55 1.9%
Tota’ 21.64 20.82 22.25 22.56 23.39 24.15 25.01 0.8%

Nonmarketed Renewabtes7
Geothermal Heat Pumps ......,,,,,.,.., 0.00 0.00 0.00 0.01 0.01 0.01 0.01 6.1%
Solar Hot Water Heating 0.01 0.01 0.02 0.02 0.03 0.04 0.05 5.3%
Solar Photovoitaic 0.00 0.00 0.00 0.00 000 0.00 0.01 16.9%
Total 0.01 0.02 0.02 0.03 0.04 0.05 0.07 5.9%

tDoes not include water heating portion of load.
5lnciudes small electric devices, hosting elements, and motors not listed above.
~lnciudes such appliances as outdoor grills end mosquito traps.
4lncludes wood used for primary and secondary heating in wood stoves or tireplaces as reported in the Residential Energy Consumption Survey200l.
6lncluclos kerosene and coal.
9nciudes au other uses listed above.
7Represents primary energy displaced.
Blu = British thermal unit,
Note: Totals may not equal sum of components due to independent rounding. Data for 2005 and 2006 are model results and may differ slightly from official EIA

data reports.
Sources: 2005 end 2008 based on: Energy information Administration (EtA), Annual EnergyRevlewgOo6, IJOE/EIA.0384(200s) (Washington, DC, June

2007). ProJections: EIA, A602008 National Energy Modeling System run A602008.D030208F.
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Reference Case

Table A5. Commercial Sector Key Indicators and Consumption
(Quadrillion Btu per Ye.ar, Unless Otherwise Noted)

Growth
Key Indicators and Consumption ~5 2008 Reference Case ~Annua1~ 006-2030

~ 2010 2015 2020 2025 2030. (percent)

Key Indicators

Total Floorspace (billion square feet>
Surviving
New Additions
Total

Energy Consumption Intensity
(thousand Btu per square foot) .

Delivered EnergyConsumption ‘, .. 113.5 110.3 109.3 111.8 112.3 112.6 112.2 0.1%
Electricity Related Losses 128,8 .129.1 128.4 130.8 134.0 135.7 135.8 0.2%
Total Energy Consumption 242.3 239.4 . 237.8 242.4 246.3 248.3 247.9 . 0.1%

Delivered Energy Consumption by Fuel .

Purchased Electricity . .

Space Heating1 0.14 o;i3 0.14 . 0.14 0.14 0.15 0.15 0.5%
Space Cooling1 0.52 0.51 .0.50 0.52 0.55 0.58 0.61 0.8%
Water Heating1 0.16 0.16 0.15 0.1.6 0.16 0.16 0.16 . 0.1%
VentIlation 0.19 . 0.19 . 0.19 0.20 0.21 ‘ 0.22 0.23 0.9%
Cooking .0.04 0.04 0.04 0.04 0.04 0.04 0.04 -0.4%
Lighting 1.16 1.15 . 1.12 1.17 1.22 1.28 1.34 0.7%
Refrigeration .... , 0.23 . ‘0.23 0.23 . .0.24 .0,25 0,27 . 0.28 0.8%
Ofiice Equipment (PC) , 0.17 021 . 0.25 0.28 0.30 ‘0.33 . 0.35 .., 2.1%
Office Equipment (non-PC) 0.39 . 0.42 . 0.55 0.68 0.79 ‘ 0.87 0.92 3.3%
Other Uses2 1.34~. 1.39 1.55 ‘1.77 2.01 2.26 . 2.54 2,5%

Delivered Energy .. ‘ .4,35 “~. . 4.43 .4.73. . 5.19 . 5.67 6.15 6.62 1.7%

Natural Gas
Space Heating1 1.30 .1.18 1.29 1.37 1.40 1.41 1,42 0.8%
Space Cooling1 .0.02 ‘0.02 0,02 0.02 0.02 .0.02 0.02 -0.2%
Water Heating1 0,56 . 0.55 . ‘ . 0.54 . 0.60 0.65 0.70 0.73 1.2%
Cooking 0.23 .0.23 0.24 0.27 0.29 0.31 0.33 1.5%
Other Uses2 0.97 . 0.94 ‘ 0.95 1.03 1.10 1.19 1.29 1.3%

Delivered Energy ~. ~. 3.09 2.92 3.04 3.29 ‘ 3.47 3.63 3.78 1.1%

DistIllate Fuel Oil . . . . .

Space Heating1 ‘ . 0.15 0.13 0.13 0.14 .0.15 . 0.15 0.1.5 0.8%
WaterHeating1 0.05 0.05’ 0,04 0.05 ‘ 0.05 . 0,05 0.05 . 0.3%
Other Uses4 . :0.25 .• 0.25 . 0.20 0.22 0.22 0.21 0.21 -0.6%

Delivered Energy 0.45 0.42 . 0.38 0.41 0.41 0.42 0.41 .0.0%

Marketed Renewabies (biomass) .0.13 0.13 0.13 ‘ 0.13 0.13 0,13 0.13 - -

Other Fueis8 0.36 Ô.34 . 033 0.34 0.35 0.35 0.35 0.1%
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72.1 73.2 77.2 82.2 87.4 92.9 98.7 , 1.3%
1.6 1.6 1.6 1.8 ‘ 1.8 2.0 2.1 0.9%

.73.8 74.8 ‘ 78.8 83.9 89.3 94.8 100.8 1.2%

Delivered Energy Consumption by End Use
Space Heating1
Space’Coolin&
Water Heating1
Ventilation
Cooking
Lighting
Refrigeration
Office Equipment (PC)
Office Equipment (non-PC)
Other Uses8

Delivered Energy

1.59 1.44 1.56 ‘ 1.65 1.69 1.71 1.71 . 0.7%
0.55 0.53 0,52 0.54 0.57 0.60 0.63 .0.8%
‘0.77 0.75 0.74 . 0.81 0.86 0.91 0.94 0.9%
.0,19 0.19 0.19 0.20 . 0,21 0.22 . 0.23 0.9%
0.27 0.27 . 0.28 0.31 ‘ 0.33 . 0.35 0.36 1.2%
1.16 1.15 . .~j2 1,17 1.22 1.28 1.34 0.7%
0.23 0.23 0.23 0.24 0.25 0.27 ‘ 0.28 0.8%
0.17 0.21 0.25 0.28 ‘ 0.30 0.33 0.35 2.1%
0.39 . ~0.42 0.55 0.68 0.79 0.87 0.92 3.3%
3.05 3.05 3.17 3.49 3.81 4.15 ‘ 4.53 1,7%
8.38 8.25 8.62 9.37 10.03 10.67 11.30 1.3%
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Reference Case
Table A5. Commercial Sector Key Indicators and Consumption (Continued)

‘uadrillion Btu per ‘i’

Total Energy Consumption by End Use
Space Heating1 1.90 1.72 1.86 1.95 1.99 2.02 2.02 0.7%
Space000lingt 1.69 163 1.58 1,65 1.72 1.81 1.90 0.6%
WaterHeatlng1 1.12 110 1.06 1.14 1.20 1,25 1.28 0.8%
Ventilation 0.60 0.60 0.60 0.52 0.65 0.68 0,71 07%
Cooking 0.36 0.35 0.36 0.39 0.41 0.42 0.43 0.9%
Lighting 3.69 3.68 3.52 3.63 3,79 3.96 4.12 0.5%
Refrigeration 0.73 0.73 0.73 0.75 0.79 0.82 0.86 0,6%
Office Equipment (PC> 0.56 0.68 0.80 0.86 0.93 1.02 1.08 1.9%
Office Equipment (non-PC) ....,,.,,,..., 1.24 1.34 1.73 2.11 2.46 2.68 2,81 3.1%
Other Uses6 .,,..,....,,,,....,.,,,.., 5.97 6.08 6.49 7.23 8.05 8.89 9.77 2.0%
Total 17.87 17.91 18.74 20.34 21.98 23.54 24.98 1.4%

Nonmarketed Renewable Fuels7
Solar Thermal
Solar Photovoltalc

Total

1inciudes fuel consumption for district services.
°includes miscellaneous uses, such as service station equipment, eutornafect teller machines, telecommunications equipment, and medical equipment.
3inciucies miscellaneous uses, such as pumps, emergency generators, combined host and power In commercial buildings, and manufacturing performed in

commercial buildings,
4lnciudas miscellaneous uses, such as cooking, emergency generators, and combined heat and power in commercial buildings,
6lnctudes residual fuel all, liquefied petroleum gas coal, motor gasoline, and kerosene.
9ncluctos miscellaneous uses, such as service station equipment, automated teller machines, telecommunications equipment, medical equipment, pumps,

emergency generators, combined heat and power in commercial buildings, manutecturing performed In commercial buildings, end cooking (distillate), plus residual
fuel oil, liquefied petroleum gases, coal, motor gasoline, and karosone.

TRepresents primary energy displaced by solar thermal space healing end water heating, and electricity generation by solar phoiovollaic systems.
Btu = BrItish thermal unit.
PC = Personal computer.
Note: Totals may not equal sum of components due to Independent rounding. Data for 2005 and 2006 are model results and may differ slightly from official EtA

data reports,
Sourcee: 2005 end 2006 based on: Energy Information Administration (ElAl, Annu~I Energy Review 2006, DOEIEIA-0284(2006) (Washington, DC, June

2007). ProjectIons: EIA, AE02008 National Energy Modeling System run AE02008.D030206F.
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ElectricIty Related Losses 9.50 9.66 10.12 10.98 11.96 1287 13.68 ‘LS%

0.02 0.02 0.03 0.03 0.03 0.03 0.03 0.5%
0.00 0.00 0.00 0.00 0.00 0,01 0.01 8.7%
0.03 0.03 0.03 0.03 0.03 0.03 0.04 1.6%



Reference Case

Energy PrIces (2006 dollars per million Btu)
• Liquefied Petroleum Gases

Motor Gasoline
Distillate Fuel Oil
Residual Fuel OIl
Petrochemical Feedstocks
Asphalt and Road Oil
Natural Gas Heat and Power
Natural Gas Feedstooks
Metallurgical Coal
Other Industrial Coal
Coal for Liquids
ElectrIcity

Refining Consumption
Liquefied Petroleum Gases Heat and Power.
Distillate Fuel Oil
Residual Fuel Oil
Petroleum Coke
Still Gas
Miscellaneous Petroleum2

Petroleum Subtotal
Natural Gas Heat and Power
Natural-Gas-to-Liquids Heat and Power

Natural Gas Subtotal
Other Industrial Coal
Coal-to-Liquids Heat and Power

Coal Subtotal
Blotuels Heat and Coproducts
Purchased Electricity

Delivered Energy
Electricity Related Losses

Total

0.02 0.01 0:03 0.03 0.03
0.00 0.00 0.00 0.00 0.00
0.01 0.01 0.00 0.03 0,01
0.56 0.57 0.57 0.63 0.65
1.64 1.69 1.72 1.87 1.85
0.03 . 0.04 0.00 0.00 0.00
2.26 . 2.32 2.33 2.56 2.55
1.05 1,10 1.51 1.46 1.47
0.00 0.00 0.00 0.00 0.00
1,05 1.10 1.51 . 1.46 . 1.47
0.06 0.06 0.06 0.06 . 0.06
0.00 0.00 0.00 0.13 0.34
0.06 0.06 0.06 . 0.19 0.40
0.24 0.30 0.67 1.00 1.49
0.13 0.15 0.15. 0.17 0.17
375 V 3•94 4.72 5.38 6.07
0.29 0.32 0.33 0.37 0.36
4.04 4,26 5.05 5.75 6.43
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A6. Industrial Sector

Key Indicators V V

Value of Shipments (billion 2600 dollars) V

Manufacturing 4208 4290 4577 . 5076 5493 5883 6283 1.6%
Nonmanufacturing 1525 V 1531. 1419 1583 1619 1663 1715 0.5%
Total V~V~ 5732 5821 5997 6659 7113 7546 . 7997 1.3%

17.54 1.9.71 1.7.74 16.65 16.79 1710 17.79 V -0.4%
15.48 15.48 21.18 18.72 19.63 19.62 20.32 1.1%
14.50 15.33 15.72 13.95 14.62 15.10 16.26 02%
10.43 9.06 V 1.0.86 8.24 8.29 9.00 9.62 0.2%
.9.01 9,01 V 9.22 8.32 8.25 8,53 8,94 -0.0%
5.49 4.63 9.66 7.28 5.74 5.93 6.35 1.3%
743 . 6.69 6.38 V 5.26 .5,35 5.71. 6.45 -0.2%
9.07 .8.37 7.95 6.90 6.96 7.31 6.04 V V -0.2%
3.29 •. 3.54 4.07 3.53 3.42 3.51 V 3.60 0.1%
2.22 . 2.34 2.42. 2.31 . 2.28 . 2.30 2.33 -0.0% V

V - - -- - - 0.96 1.09 1.17 1.30 V -,

17.25 17.97 19.21 17.22 .17.27 17.30 V 17.63 -0.1%

Energy Consumption. (quadrillion Btu)1 . V V V V V V

Industrial Consumption Excluding Refining V V V V V

Liquefied Petroleum Gases Heat and Power 0,17 0,16 0.17 017 V 0.16 0.16 0.16 -0.1%
Liquefied Petroleum Gases Feedstocks ~ 1.89 1.91 . 1,92 1.64.. V V 1.59 1.55 -0,9%
Motor Gasoline~ ,. 0.37 0.38 0.38 0.37 0.37 0.38 0.38 0.1%
Distillate Fuel.Ofl V, •~ V 1.26 1.28 V 1.29 V 1.25 V 1.23 1.22 1.23 -0.2%
Residual Fuel Oil . 0.27 VV 0.27 0.28 . 0.23 0.22 0.21 0.21 •-i .0%
Petrochernlcai Feedstocks .1.41 1.41 ‘ 136 . 1.45 139 1.33 1.29 -0,4%
Petroleum Coke 0.33 0.36 0.34 . 0.32 0.31 0.31 0.30 V -0.8%
Asphalt and Road Oil ,,,,,,,,,,,,,,,,,,, 1.32 1,26 1.22 iii 1.08 1.10 . 113 -0.5%
Mlsàellaneous Petroleum2 .............., 0.52 0.66 0.39 0.36. 0,33 V 0.30 0.29 -2.7%

Petroleum Subtotal V 7.53 7.60 7.34 V 7.04 V 6.73 V V 6.59 655 .0.6%
Natural Gas Ho6t and Power 5~4 5.01 5.12 5.24 5.22 5.25 5.22 0.2%
Natural Gas Feedstocks 0.59 0.57 0.54 V 0.50 0.46 0.43 0.39 -1.5%
Lace and Plant Fuel3 1.14 . 1.17 . 1.21 1.22 V 1.25 1.27 1.27 03%

Natural Gas Subtotal 6.88 6.74 V 6.86 6.97 6,93 6.95 6.88 V 0.1%
Metallurgical Coal and Coke4 0.86 0.66 0,63 V 0.67 0.57 0.56 0.52 -L0%
Other Industrial Coal 1.22 1.20 1.25 116 1.14 1.13 1.12 -0.3%

Coal Subtotal V 1.88 1.85 1.87 1.73 1.71 1.69 1.64 -0.5% V

Renewables5 ..,...,.., 1.64 1.69 1.66 1,75 1.83 1.93 2.02 0.7%
Purchased Electricity 334 3.27 3,35 3,44 3.42 3.39 3.35 0.1%

Delivered Energy 21.28 21.17 21.09 V 20.92 20.62 20.55 20.44 -0.1%
Electricity Related Loss6s 7.30 7.13 7.17 7.26 V V 7.22 . 7.09 V 6.92 -0.1%

Total 28.58 28.29 . 28.27 28.18 27.84 27.64 27.35 -0.1%

0,00
0.00
0.01
0,68
1.87
0.00
2.56
1.49
0.00

V ~

0.06
0.39
0.45
2.28
0.17
6.95
0.35
7.29

0.00 -3.4%
0.00 - -

0.01 0.1%
0.70 0.9%
1.98 0.7%
0.00 -10.1%
2.70 0.6%
1.47 1.2%
0.00 - -

1.47 1.2%
0.06 -0.2%
0.55 - -

0.61 10.0%
2.31 6.9%
0.17 0.7%
7.27 2.6%
0.36 0.5%
7.63 2.5%
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Table A6. Industrial Sector Key Indicators and Consumption (Continued)
Fleference Case AflflUCI

Key Indicators and Consumption I ~006-2030I Growth

~ 2005 2006 2010 j 2015 2020 2025 j 2030 I(per0~t)

Total Industrial Sector Consumption
Liquefied Petroleum Gases Heat and Power 0.18 0.17 0,20 0.20 0.19 0.16 0.16 -0.3%
Liquefied Petroleum Gases Faedstocks .. 1.89 1.91 1.82 1.77 1.64 1.59 1.55 -0.9%
Motor GasolIne 0.37 0.38 0.38 0.37 0.37 0.38 0.38 0.1%
Distillate Fuel Oil 1.26 1.28 1.29 1.25 1.23 1.22 1.23 -0.2%
Residual Fuel Oil ,,.,...,,,.,.,,,.,., 0.28 0.28 0.28 0.25 0.23 0.23 0.23 -0.9%
Petrochemical Feedstooks 1.41 1.41 1.36 1.45 1.39 1.33 1.29 -0.4%
Petroleum Coke 0.89 0.93 0.91 0.95 0.97 0.98 1.00 0.3%
Asphalt and Road Oil 1.32 1.26 1.22 1.11 1.08 1.10 1.13 -0.5%
Still Gas 1.64 1.69 1.72 1.87 1.85 1.87 1.98 0.7%
Miscellaneous Petroleum2 ...........,, 0.55 0.60 0.39 0.36 0.33 0.30 0.29 -3.0%

Petroleum Subtotal 9,79 9.92 9.67 9.60 9.27 9.15 9,25 -0.3%
Natural Gas Heat and Power 6.20 6.11 6.62 6.70 6.68 6.74 6.69 0.4%
Natural-Gas-to-Liquids Heat and Power 0.00 0.00 0.00 0.00 0.00 0.00 0.00
Natural Gas Feedstocks 0.59 0.57 0.54 0.50 0.46 0.43 039 -1.5%
Lease and Plant Fuel2 ........,,...,,, 1,14 1.17 1.21 1.22 1.25 1.27 1.27 0.3%

Natural Gas Subtotal 7.93 7.85 8.37 8.43 8.39 8.44 8.35 0.3%
Metallurgical Coal and Coke4 0.66 0.66 0.63 0.57 0.57 0.56 0.52 -1.0%
Other Industrial Coal 1.28 1.26 1.31 1.22 1.20 1.19 1.18 -0.3%
Coal-to-Liquids Heat and Power 0.00 0,00 0.00 0.13 0.34 0.39 0.55 - -

~ Coal Subtotal 1.95 1.92 1.93 1.92 2.11 2.14 2.25 0.7%
Blot uets Heat and Coproducts 0.24 0.30 0.67 1.00 1.49 2.28 2.31 8.9%
Renewables5 1.64 1.69 1.66 1.75 1.83 1.93 2.02 0.7%
Purchased Electricity 3.48 3.42 3.50 3.61 3.59 as~ 3.52 0.1%

Delivered Energy 25.03 25.10 25.82 26.31 26.70 27.50 27.70 0.4%
Electricity VRelated Losses ..,,,,.,..,,,., 7.59 7.45 7.50 7.63 7.57 7.43 7.28 -0.1%

Total 32.62 32.55 33.32 33.93 34.27 34.93 34.98 0.3%

Energy Consumption per dollar of
Shipment (thousand Btu per 2000 dollars) V

Liquefied Petroleum Gases Heat and Power 0.03 0.03 0.03 0.03 0.03 002 0.02 -1.6%
Liquefied Petroleum Gases Feedstocks , , . 0.33 0.33 0.32 0.27 0.23 0.21 0.19 -2.2%
MotorGasoline 0.07 0.06 0.06 0.06 0.05~ 0.05 0.05 -1.2%
Distillate Fuel Oil 0.22 0.22 0.22 0.19 0.17 0.15 -1.5%
Residual Fuel Oil 0.05 0.05 0.05 0.04 0.03 0.03 0.03 -2.3%
Petrochemical Feedstocks 0.25 0.24 0.23 0.22 0.19 0.18 0.16 -1.7%
Petroleum Coke 0.16 0.16 0.15 0.14 0.14 0.13 0.13 -1.0%
Asphalt and Road Oil 0.23 0.22 0.20 0.17 0.15 0.15 0.14 -1.8%
Still Gas 0.29 0.29 0.29 0.28 0.26 0.25 0.25 -0.7%
Miscellaneous Petroleum2 0.10 0.10 0.06 0.05 0.05 0.04 0.04 -4.2%

Petroleum Subtotal 1.71 V 1.70 1.61 1.44 1.30 1.21 1.16 -1.6%
Natural Gas Heat and Power 1.08 1.05 1.10 1.01 0.94 0.89 0.84 -0.9%
Natural-Gas-to-Liquids Heat and Power . . 0.00 0.00 0.00 0.00 0.00 0.00 0.00 - -

Natural Gas Feedstooks 0.10 0.10 0.09 0.08 0.06 0.08 0.05 -2.8%
Lease and Plant Fuel3 ..,...,..,..,,,, 0.20 0.20 0.20 0.18 0.18 0.17 0.16 -1.0%

NaturalGasSubtotal 1.38 1.35 1.40 1.27 1.18 1.12 1.04 -1.1%
Metallurgical Coai and Coke4 0.12 0,11 0.10 0.09 0.08 0.07 0.07 -2.3%
OthorindustriaiCoai 0.22 0.22 0.22 0.18 0.17 0.16 0.15 -1.6%
Coal-to-Liquids Heat and Power 0.00 0.00 0.00 0.02 0.05 0.05 0.07 - -

Coal Subtotal 0.34 0.33 0.32 0.29 V 0.30 0.28 0.28 -0.7%
Biofuels Heat and Coproducts 0.04 0.05 0.11 0.15 0.21 0.30 0.29 7.4%
Renewables5 0.29 0.29 0.28 0.26 0,28 0.26 0.25 -0.8%
Purchased Electricity 0.61 0.59 0.58 0.54 0.50 0.47 0.44 -1.2%

Delivered Energy 4.37 4.31 4.31 3.95 3.75 3.64 3.46 .0.9%
ElectricIty Related Losses 1.32 1.28 1.25 1.15 1.06 0.99 0.91 -1.4%

Total 5.69 5.59 6.56 5.10 4.82 4.63 4.37 -1.0%



Reference Case

Table A6. Industrial Sector Key Indicators and. Consumption (Continued)
~ Reference Case Annual

. Growth
Key Indicators and Consumption -• 006-2030

. 2005 2006 2010 2015 2020 2025 2030 (percent)

. Industrial Combined [feat andPower
Capacity(gigawatts) 26.87 25,69 28.11 31.79 . 36.84 42.15 44:85 2.3%
Generation (billion kilowatlhours) 139.95 139.50 15559 182.91 .220,78 261.90 281.41 3.0%

1irrciudos energy tor combined heat and power plants, except those whose primary business is to sell electricity or electricity and heat to the public
5includes lubricants and miscellaneous petroleum produots.
5nepreserltu natural gas used in well, field, and lease operations, and in natural gas processing plant machinery,
4inctudes notcoal coke imports.
9ncludes consumption of energy produced from hydroelectric, wood and wood waste, municipal waste, and other blomaas sources.
Btu = British thermal unit, .

= Not applicable.
Note: Totals may not equal sum of components duo to independent rounding. Data for 2005 and 2006 are model results and may differ slightly from official EtA

data reports: . .

Sources: 2005 and 2006 prices for motor gasoline and diatiliate fuel oil are based on: Energy information Administration (EIA), Petroleum Marketing Annual
zOos, DOE/EIA-0487(2006) (Weshinglun, DC, August 2007), 2005 and 2006 petrochemical feedatook end asphalt and road oil prices are based on: State Energy
DSta RepOrt 2005, DOEIEIA-021 412005) (Washington, DC, June 2007). 2005 and 2006 coal prices era based on: SIA, Quarterly Coal Report, October-December
2005, DOE/SlA-012l(2006/4Q) (Washington, DC, March2007) and EtA, A002008 National Energy Modeling System run AE02005.D030206F. 2005 end 2006
electricity prices: EtA, Annual Energy Review 2006, DOEIEIA.0364(2006) (Weshlngton, DC, June 2007). 2005 and 2006 natural gas prices are baeod on: EtA,
Manufacturing Energy Consumption Survey 1994 and Industrial and weflhead prices from the Natural Gas Annual 2005, DOE/ElA-013l (2005)(Washlrrgton, DC,
November 2006) and the Natural Gas Monthly, D02/EIA-01 30(2007/04) (WashIngton, DC, April 2007). 2005 refining consumptIon based on: Petroleum Supply
Annual 2005, DOE/EiA-0340(2005)/I (WashIngton, DC, October 2006). 2006 refining consumption based on: Petrplaum Supply Annual 2006,
DOE/E1A-0340(2006)/1 (WashIngton, DC, September 2007). Other 2005 and 2006 consumption values are based on: EIA, Annual Energy Review 2006,
DOE/EIA-0384(2006) (Washington, DC, June 2007). 2005 and 2006 industrial shipments: Global Insight, Global insIght Industry model, July 2007. Projectlona:
EtA, AE02008 National Energy Modeling System run AEO200B.D030208F,
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Table A7~ Transportation Sector Key Indicators and Delivered Energy Consumption

I Reference Case Annual
Key Indicators and Consumption H

~ 2005 2006 2010 2015 2020 2025 2030 (percent)

2687 2693 2777
69 70 73

228 235 250

1029 994 1130

1588 1656 1702
610 619 643

3058 3375
81 87

279 304

1318 1457

1827 1932
677 701

3717 4069
94 101

328 351

1576 1665

2043 2147
713 721

36.4 36.6
42,1 42.1
32,2 32,4
301 30.5
35.1 35.3
26.5 26.9
26.1 27.9
20.2 20.2
18.9 19.8
6.7 6.8

25,5
30.2
22.4
20.6
24.5
18.0
19.9
1 5;0
14.1
6.0

Key indicators
Travel indicators

(billion vehicle miles traveled)
Light-Duty Vehicles less than 8,500 pounds
Commercial Light Trucks’
Freight Trucks greater than 10,000 pounds

(billion seat miles available)
Air

(billion ton miles traveled)
Rail
Domestic Shipping

Energy Efficiency Indicators
(miles per gallon)

Tested New Light-Duty Vehicle3
New Car2
New Light Truck2

On-Road New Light-Duty Vehicle3
New Car2
New Light Truck3

Light-Duty Stock4
New Commercial Light Truck’
Stock Commercial Light Truck’
Freight Truck

(seat miles per gallon)
Aircraft

(ton miles per thousand Btu)
Rail
Domestic Shipping

Energy Use by Mode
(quadrillion Btu)

Light-Duty Vehicles
Commercial Light Trucks’
Bus Transportation
Freight Trucks
Rail, Passenger
Rail, Freight
Shipping, Domestic
Shipping, International
Recreational Boats
Air
Miltary Use
Lubricants
Pipeline Fuel

Total

26.5 27.2
31.1 31.5
23,2 23.7
21.5 22.1
25.3 25.7
18,7 19,2
20.3 20,3
15.6 15.7
14.3 14,9

6.0 6.0

1.7%
1.5%
1.7%

2.2%

1.1%
0.6%

1.4%
1.3%
1.4%
1.5%
1.4%
1.5%
1.3%
1.1%
1.4%
0.5%

30.8
34,9
27.7
25.2
28.7
22.5
21.5
18.1
15.9
6,2

35.8
42.0
31.4
29.4
34.7
25.7
23.7
19.8
17.4
6.5

60.9 62.2 63.5 65.3 67.2 68.7 70,0 0.5%

2.9 2,9 2.9 2.9 3.0 3.0 3.0 0.1%
2.0 2.0 2.0 2.0 2.0 2.0 2.0 0.1%

16.23 16.41 16.52 17.01 17.10 17.11 17.52 0.3%
0.61 0.62 0.62 0.64 0.63 0,63 0.64 0.2%
0.26 0.26 0.26 0.27 0.27 0.28 0.29 0.3%
4.74 4.89 5.18 5.60 5.85 6.13 6,44 1.2%
0.04 0.04 0.05 0.05 0.05 0.05 0.06 1.1%
0.55 0.57 0.58 0.62 0.65 0.69 0,72 1.0%
0.31 0.32 0.33 0.34 0.35 0.36 0.36 0.5%
0.77 0.78 0.79 0.78 0.79 0.80 0.80 0.1%
0.24 0.24 0.25 0.26 0,28 0.29 0.30 0.9%
2.72 2.65 2.90 3.29 3.61 3.92 4.22 2.0%
0.68 0.69 0.73 0.71 0.73 0.75 0.76 0.4%
0.15 0.15 0.14 0.14 0.14 0.15 0.15 0.1%
0.60 0.59 0.64 0.66 0.69 0.72 0.72 0.8%

27.90 28.20 28.98 30.37 31.15 31.86 32.98 0.7%



Reference Case

Table A7. Transportation Sector Key Indicators and Delivered Energy Consumption
(Continued)

. Reference Case Annual
~ Growth

. Key Indicators and Consumption 006~2030
• : 2005 2006 2010 2015 2020 2025 2030 (percent)

Energy Use by Mode
(tnhillon barrels per day oil equivalent)

Light-Duty Vehicles 8.51 860 8.94 9.26 9.48 9.56 9.74 0.5%
Commercial Light Trucks1 0.32 0.32 0.33 0.35 0.34 0.34 0.35 0.3%
Bus Transportation 0.12 0.13 0,13 0.13 0.13 0.13 0.14 0.4%

~Froight Trucks 2.26 2.33 2.48 2.69 2,80 2.94 3.09 1.2%
Rail, Passenger 0.02 0.02 0.02 0.02 0.02 0,03 0.03 1.1%
Rail, Freight 0.26 0.27 0.28 0.30 0.31 0.33 0.34 1.0%
Shipping, Domestic 0.14 0.15 0.15 0.16 0.16 0.17 0.17 0.5%
Shipping, international ‘ 0.34 0,34 0.35 0.34 0.35 0,35 0.35 0.1%
Recreational Boats 0.13 0.13 0.14 0.14 0,15 0.16 0.16 1.1%
Air 1.32 1.28 1.40 1.59 1.75 1.89 2.04 2.0%
Military Use 0.33 0.33 0.35 0.34 0.35 036 0.37 0.4%
Lubricants ....,..,,,..,.,.,....., 0.07 0.07 0.07 0.07 0.07 0.07 0.07 0,1%
Pipeline Fuel 0.30 0.30 0.32 0,33 0.35 0.36 0.36 0,8%

Total 14.11 14.27 14.96 15.72 16.27 16.69 17.20 0.8%

‘Commerdial trucks 8,500 to 10,000 pounds. ,

nEnvlronnierttal Protection Agency rated miles per gallon.
°Testod new vehicle efilciency revised for on-road performance.”
40omblned car and tight truck eon-the-road” estimate.
mu = British thermal uniL
Note: Totals may not equal sum of components due to independent rounding, Oats br 2005 and 2006 are model resuits and may difter slightly from official EtA

data reports.
Sources: 2005 and 2006: Energy Information Administration (EtA), Natural Gas Annual2005,DOEJE1A-0181 (2005) (Washington, DC, November 2008); EtA,

Annual Energy Review 2006, DOE/E1A-0384(2006) (Washington, DC, June 2007); Federal Highway Administration, Highway Statistics 2005 (WashIngton, DC,
December 2006); Oak Ridge National Laboratory, Transportation Energy Data Book: Edition 26 and Annual (Oak Ridge, TN, 2007); National Highway Trattic and
Safety Admlnistr~tlon, Summary of Fuel Economy Performance (Washington, DC, March 2004); U.S. Department of Commerce, Bureau of the Census, ‘Vehicle
inventory and Use Survey,” ECO7TV (Washlngton,~DC, October1999); EtA, State Energy Data Report 2005, 000lElA-o214(2006) (Washington, DC June 2.007);
EtA, Alternatives to Traditional Transportation Fuels 2005 (Part If-User and Fuel Data), November 2007; U.S. Department of Transportation, Research and Special
Programs Administration, Air CerrierStatislics Monthly, Decernber2006/2005 (Washington, DC, 2008); EIA, Fuel Oil and Kerosene Se/as 2004, DOE/EtA-
0535(2004) (WashIngton, DC, November 2005);and United States Department of Defense, Defense Fuel Supply Cantor. Prolections: EtA, AEO2008 National
Energy Modeling System run AE02008.D030208F.
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Reference Case

Table A8~ Electricity Supply, Disposition, Prices, and Emissions
(BHhion Kilowatthours, Unless Otherwise Noted)

AnnualReference Case I Growth
Supply, Disposition, and Prices

~006~2030
2005 2006 2010 2015 2020 2025 f 2030 (percent)

Generation by Fuel Type
Electric Power Sector1

Power Only’
Coal 1956 1930 2002 2122 2287 2502 2756 1.5%
Petroleum 111 55 49 50 52 54 56 0.1%
Natural Gas’ 554 608 695 682 614 543 503 -0.8%
Nuclear Power 782 787 797 807 868 911 917 0,6%
Pumped Storage/Other4 1 0 1 1 1 1 1 5,4%
Renewable Sources’ 319 347 421 465 518 540 553 20%
DIstrIbuted Generation (Natural Gas) 0 0 0 1 1 2 4 -.

Total 3722 3727 3965 4128 4340 4552 4790 1.1%
Combined Heat and Power6

Coal 37 36 32 32 32 32 31 -0.6%
Petroleum 6 4 1 1 1 1 1 -6.7%
Natural Gas 130 124 124 123 108 99 98 -1.1%
Renewable Sources 4 4 4 4 5 5 5 0.5%

Total 180 173 160 160 145 136 133 -1.1%
Total Net Generation 3902 3900 4125 4288 4485 4688 4923 1.0%
Less Direct Use 33 33 34 0.1%

Net Available to the Grid 3869 3866 4091 4254 4451 4654 4889 1.0%

End-Use Generation7
~Coal 22 22 21 28 39 41 51 3.6%
,~Potroleum 6 4 6 6 7 9 9 3.6%

Natural Gas ....,..,,,,...,,.....,,,,,, 73 74 88 99 111 124 138 2.6%
4Other Gaseous Fuels’ 5 5 4 4 4 4 4 -0.7%
:Renewablo Sources’ 34 34 37 48 65 94 98 4,5%
,.Other1° 14 13 12 12 12 12 12 -0.4%

Total 152 152 169 197 238 285 313 3.1%
LessDlrectUse 123 121 134 155 182 211 234 2.8%

Total Sales to the Grid 30 31 34 42 56 74 79 4.0%

Total Electricity Generation 4054 4051 4294 4485 4723 4973 5235 1.1%
Total Net Generation to the Grid 3899 3897 4126 4296 4507 4728 4968 1.0%

Net Imports 25 18 15 11 13 16 23 1.0%

Electricity Sales by Sector
ResidentIal 1359 1351 1450 1472 1540 1620 1722 1.0%
Commercial .....,....,,,,,,,.,,,,,,,,, 1275 1300 1386 1522 1661 1802 1941 1.7%
Industrial ...,.,,,.,,,,,,..,,,,,,.,,,,,,, 1019 1002 1027 1058 1052 1041 1033 0.1%
Transportation 6 6 7 7 8 8 9 1.3%

Total 3660 3659 3869 4059 4261 4472 4705 1.1%
DIrect Use 156 154 168 189 216 245 267 2.3%
Total Electricity Use 3815 3814 4037 4248 4477 4717 4972 1.1%

End-Use Prices
(2006 cents per kllowatthour)

ResIdential 9.7 10.4 10.7 10.2 10.3 10.3 10.5 0.0%
Commarolal 8.9 9.5 9.5 8.7 8.7 8.8 8.9 -0.2%
Industrial 5.9 6.1 6.6 5.9 5.9 5.9 6.0 -0.1%
TransportatIon 10.5 10.1 10.6 9.9 9.9 9.9 10.1 -0.0%

All Sectors Average 6.4 8.9 9.2 8.5 8.6 8.7 8.8 -0.0%

Prices by Service Category
(2006 cents per kllowatthour)

Generation 5.4 5.9 6.2 5.5 5.6 5.7 5.9 -0.1%
Transmission 0.6 0.6 0.7 0.8 0.8 0.8 0.8 1.1%
Distribution 2.3 2.3 2.3 2.3 2.3 2.2 2.2 -0.2%
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Reference Case

Table A8. Electricity Supply, Disposition, Prices, and Emissions (Continued)
(Billion Kilowatthours, Unless Otherwise Noted)

Reference Case Annual

Supply, Dlsposltion~ and Prices
2005 2006 2010 2015 2020 2025 2030 (percent)

Electric Power Sector Emlsslon& . .

Sulfur Dioxide (million tons) , 10.22 8.39 6.43 4,67 3.77 3.66 3.71 -3.8%
Nitrogen Oxide (million tons) 3.64 3.41 2.33 2.11 2.11 2.14 2.16 -1.9%

~ Mercury(tons) 51.72 .50.37 37.24 24,75 .19.23. 16.88 14.95 -4.9%

‘includes electricity-only and combined heat and power plantiwhose primary business Is to sell electricity or electricity and heat, to the public.
‘lOciudes plants that only produce electridity.
‘Includes electricity generation from fuel cells.
‘iricludos non-blogenio munIcipal waste. The Energy Information AdministratIon estimates approxImately 7 billion kilowatthours of electricity was generated from

this materiel in 2005. See Energy information AdminIstration, Methodology for Allocating Municipal Solid Waste to ruloganlc and Non-Biogenic Energy,
(Washington, 00, May 2007). : . .

‘includes conventional hydroelectric, geoihehosl, wood, wood waste, blogenic municipal waste, landtill gas, other biomass, solar, and wind power.
‘Includes combined heat sOd power plants whose primary business Is to sell electricity and heat to the pubiic (I.e., those that report North American Industry

Classiticatlort.System coda 22). . .

°inoiudes combined heat and power plents and electricity-only plants in the commerciaFend industrial sectors; and smelt on-site generating systems in the
residential, commercial, and Industrial sectors used primarily for ow.n~use generation, but which may also sell some power to the grid.

‘Includes relinery gas snd sIlO gas. . . .

°lnciuctes conventional hydroelectric, geothemiai, wood, wood waste; all municlpaiwaste, landtlli gas, other biomass, solar, and wind power.
“includes baiteries, ohsmlcals, hydrogen, pitch, purchased steam, suitur, and miscellaneous technologies.
- - = Not applicable. . . .

Note: Totals may not equal sumot components due to independent rounding. Oats for 2005 and 2006 are model results end may ditier stightiy from .oltlclai EIA
data reports. -. .,

Sources: 2005 and 2006 electric power sector generation; sales to utilities; net reports; electricity sales; and emissions: Energy Information Administration
(E1A), Annual Energy Roview 2006, OOE/EIA-0384(2006) (Washington, OC, June 2007), and supporting databases. 2005 and 2006 prices: EtA, A502005
National Energy Modeling System run AEO2006.0030205F. Projections: SIA, AE02008 National Energy Modeling System run AEO200S.p030208F.
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Table A9. Electricity Generating Capacity
(Gioawatts’

Electric Power Sector2
Power Only3

Coal
Oil and Natural Gas Steam4
CombIned Cycle
CombustIon TurbIne/DIesel
Nuclear Power5
Pumped Storage
Fuel Cells
Renewable Sources°
DIstrIbuted GeneratIon7

Total
CombIned Heat and Power6

Coal
OIl and Natural Gas Steam4
CombIned Cycle
CombustIon Turbine/DIesel
Renewable Sources6

Total

Reference Case

1.1%
-1.1%
0.9%
1.0%
0.6%
0.0%

1.3%

0.8%

0.0%
0.0%
0.1%

-0.0%
0.2%
0.1%

Cumulative Planned Additions8
Coal
Oil and Natural Gas Steam4
Combined Cycle
Combustion Turbine/Diesel
Nuclear Power
Pumped Storage
Fuel Cells
Renewable Sources6
Distributed Generation7

Total
Cumulative Unplanned Additions6
Coal
Oil and Natural Gas Steam4
Combined Cycle
Combustion Turbine/Diesel
Nuclear Power
Pumped Storage
Fuel Cells
Renewable Sourcas6
Distributed Generation7

Total
Cumulative Electric Power Sector Additions

Cumulative Fietirement&°
Coal
Oil and Natural Gas Steam4
Combined Cycle
Combustion Turbine/Diesel
Nuclear Power
Pumped Storage
Fuel Cells
Renewable Sources6

Total

7.7 10.7 10.7 10.7 10.7
0.0 0.0 0.0 0.0 0.0

13.5 15.5 15.5 15.5 15.5
3.9 3,9 3.9 3.9 3.9
0.0 0.0 0.0 0.0 0.0
0.0 0.0 0.0 0.0 0.0
0.0 0.0 0.0 0.0 0.0
9.5 9.5 9.6 9.8 9.9
0.0 0.0 0.0 0.0 0.0

34.5 39.6 39.7 39.9 40.0

0.0 0.0 6.8 26.3 55.6 89.5
0.0 0.0 0.0 0.0 0.0 0.0
0.0 0.0 0.3 4.6 13.7 17.9
0.0 3.3 4.6 6.7 18.4 39.5
0.0 0.0 0.0 8.0 12.8 16.6
0.0 0.0 0.0 0.0 0.0 0.0
0.0 0.0 0.0 0.0 0.0 0.0
0.0 5.8 11.5 17.6 22.2 26.3
0.0 0.3 0,9 2.7 5.9 9.8
0.0 9.5 24.1 65.9 128.5 199.6
0.0 44.0 63.7 105.7 168.4 239.6

0.0 0.0 1.5 3.4 3.7 3.9 3.9
0.0 0.0 1.4 26.1 26.4 26.7 26.8
0.0 0.0 0.0 0.0 0.0 0.0 0.0
0.0 0.0 0.7 9.4 9.4 9,4 9.7
0.0 0.0 0.0 0.0 0.0 0.0 4.5
0.0 0.0 0.0 0.0 0.0 0.0 0.0
0.0 0.0 0.0 0.0 0.0 0.0 0.0
0.0 0.0 0.0 0.0 0.0 0.0 0.0
0.0 0.0 3.6 38.9 39.5 40.0 44.8

Total Electric Power Sector Capacity 945.6 955.0 996.0 981.6 1023.8 1086.0 1152.4 0.8%
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, Reference Case Annual
GrowthNet Summer Capacity3 006-2030

2005 2006 2010 2015 2020 2025 2030 (percent)

305.1 305.2
120.8 119.3
‘137.4 144.7
127.4 128.1
100.2 100.2
21.5 21.5

0.0 0.0
92.8 95.7

0.0 0.0
905.2 914.7

4.6 4.6
0.4 0.4

31.9 31.8
2,9 2.9
0.7 0.7

40.4 40.3

311.4 319.3 338.5 367.6 401.5
118.0 93.2 93.0 92.6 92.6
158.2 159.9 164.2 173.3 177.5
134.5 127.1 129.2 140.9 161.8
100.9 102.1 110.9 115.7 114.9
21.5 21.5 21.5 21.5 21.5

0.0 0.0 ~0.0 0.0 0.0
110.9 116.6 122.9 127.5 131.8

0.3 0.9 2.7 5.9 9.8
955.7 940.6 982.8 1045.0 1111.4

4.6 4.6 4.6 4.6 4.6
0.4 0.4 0.4 0.4 0.4

31.8 32.5 32.5 32.5 32.5
2.9 2.9 2.9 2.9 2.9
0.7 0.7 0.7 0.7 0.7

40.3 41.0 41.0 41.0 41.0

0.0
0.0
0.0
0.0
0.0
0.0
0.0
0.0
0.0
0.0

0.0
0.0
0.0
0.0
0.0
0.0
0.0
0.0

~0.0
0.0

0.0
0.0
0.0
0.0
0.0
0.0
0.0
0.0
0.0
0.0
0.0~



Reference Case.

Table A9. Electricity Generating Capacity (Continued)
,(Giaawatts’)

. l~eference Case Annual

• Net Summer CapacIty’
. 2005 2006 2010 2015 2020 2025 2030 (percent)

End-Use Generators’1 V

Coal 4.1 4.0 4.0 4,9 6.3 6.6 8.0 2.9%
Petroleum 1.2 V 1.2 1.7 1.7 1.9 2.1 2.1 2.4%
Natural Gas 14.7 V V 14.1 V 15.8 17.2 18.8 20.6 V 22.4 2.0%
Other Gaseous Fuels V V 2.2 1.8 1.7 V 1.7 1.7 1.7 1.7 -0.1%
Renewable Sources~ ,• VV 6.0 6.0 6.7 V 8.2 10.8 15.2 16.7 4.4%
Other V 0.9 0.8 ~.8 0.8 0.8 0.8 0.8 0.0%

Total V 29.0 V 27.9 30.7 34.6 40.4 47.0 51.8 2.6%

CumulatIve Capacity AddItions’ 0.0 V 00 2.9 6.8 12.5 19.1 23.9 V V --

‘Net summer capacity Is the steady hourly output that generating equipment Is expected to supply to system load (exclusive of auxiliary power> as
demonstrated by tests durIng summer peek demand. V

‘Includes electricIty-only and combined heat and power plents whose primary business Is to soil electricity, or electricity end heat, to the public.
hncludes piante that only produce electricity. Includes capacity increesee (uprates) at existing units.

V 4lncludes oil-, gas-, and dual-fired capacity. V V

~Nuciear capacity Includes 2.7 gigewalts of uprates through 2030. V V

‘Includes conventional hyciroeioclric, geothermal, wood, wood waste, at municipal waste, landlfli gas, other biomess solar, end wind power. Facilities co-fIring
• biomaau and ooai am cipssilied as coal, V

• ‘Primarily peak load capacity fueled by natural gee. V V

‘includes combined heat Vend power plants whose primary business Is io solleleclrioily and heat to the pubic (i.e. those that report North American Industry V

CiansilicatlonVSystem code 22), V

‘Cumulative additions alter Dooombor 31, 2006. V

V 10cumulalive retirements after December 31, 2006.. V
V 11lncludaa combined heat end power plaCts and electricity-only piants in the commercial and Industrini sootors; and emaIl on-site generating systems in I he

ràsidential, commercial, and lndustrlai sectors used primarily for own-use generation, but whIch may also soli some power to lhegrtd. V V

- Not appiicable. V V V VV V V

Note: Totais may not equal sum of components dde to Independent rounding. Data for 2005 end 2006 are model results and may differ slightiy from ofliciai CIA
data reports. V

Sources: 2005 and 2006 capacity and projected planned additions: Energy information Administration (EIA), Form 514860, ‘Annual Electric Generator
Report’ (preiiminary). Prolectlona: CIA, AE02008 National Energy Modeling System run AE02008.D030208F.V
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Reference Case

Table Al 0. EJectricity Trade
(Billion Kilowatthours, Unless Otherwise Noted)

Reference Case Annual
ElectricIty Trade

2005 2006 2010 2015 2020 2025 2030 (percent)

Interreglonal Electricity Trade

Gross Domestic Sales
Firm Power 127.0 119,4 105.5 82.4 50.6 37,9 37,9 -4,7%
Economy 177.3 169.7 207.2 260.7 220.3 2295 222,6 1.1%

Total 304.3 289.1 312.7 343.1 270.9 267.4 260.4 -0.4%

Gross Domestic Sales (million 2006 dollars>
Firm Power 7077.5 6656.0 5877.2 4592.5 2820,0 2111.0 2111.0 -4.7%
Economy 12274.8 9907.5 12125.3 12861.2 10709.6 10964,4 11182.2 0.5%

Total 19352.3 16563.4 18002.5 17453.6 13529.6 13075.4 13293.2 -0.9%

International Electricity Trade

Imports from Canada and Mexico
Firm Power 13.1 13.7 2.5 1.9 0.8 0.4 0.4 -13.8%
Economy 31.4 28.8 28.9 24.7 26.6 27.5 34.3 0,7%

Total 44.6 42.4 31.4 26.6 27.4 27.9 34.7 -0.8%

Exports to Canada and Mexico
Firm Power 2.9 3.2 1.0 0,7 0.2 0.0 0.0 - -

Economy 16.9 21.4 15.5 15.0 14.0 12.1 12,1 -2.3%
~totai 19.8 24.6 16.5 15.6 14.2 12.1 12.1 -2.9%

- - =i~tot applicable.
Note:..Toials may not equal sum of components due to independent rounding, Oats for 2005 and 2006 are model results and may differ slightly from official EIA

data reports. Firm Poser Sales are capacity salea, meaning the delivery of the power Is scheduled as part of the normal operating conditions of the affected
electric systems, Economy Sales are subject to curtailment or cesaation of delivery by the supplier In accordance with prior agreements or under specified
conditions.

Sources: 2005 and 2006 Inlerregional firm elecfricity trade data: North American Electric ReliabIlity Council (NERC), Electricity Sales and Demand Database
2004. 2005 end 2006 MexIcan electricity trade data: Energy Information Administration (EIA), Electr/c Power Annual 2006 DOE/EIA-0348(2006) (Washington, DC,
November 2007>. 2006 CanadIan international eleciriclly trade data: National Energy Board, Annual Report 2005. 2006 Canadian electricity trade data: National
Energy Board, Annual Report 2006. Projections: EIA, A502008 National Energy Modeling System run AE02008.D030205F.
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Reference Case

Table All. Liquid Fuels Supply and Disposition
(Million Barrels ~er Day~ Unless Otherwise Noted’)

. I Reference Case, Annual~ I I Growth
~ Supply and Disposition I—~~ . ~006-2030

: ‘2005 2006 2010 f 2015. 2020 2025 20.30 I(per0~t~

Crude Oil
Domestic Crude Production1 .5.19 5.10 5.93 6.16 6.23 ‘ 6.Q4 5.59 0.4%

Alaska 0.86 0.74 0.69. ‘ 0.57 0.70 ‘ 0.53 . 0.30 -3.7%
Lower 48 States ‘4.33 4,36 5.24 5.59 ‘ 5.53 5.51 ‘ 5,30 0.8%

Netimports •‘. ‘10.09 10.09 ‘9.60 9.89 9.75 10.11 11.03 0.4%
GrOss imports ‘10.12 . ‘ 10.12 9.63 9.92 ‘ 9.79 .10.14 11.06 . 0.4%
Exports 0.03 0.03 0.03 0.03 0.03 0.03 . 0.03 ‘ 0.4%

Other Crude Supply2 -0.05 0.05 0.00 . 0.0.0 . 0.00 0.00 . 0.00 -

Total Crude Supply 15,23 15,24 . 15.53 , 16.04 .15.98 16.15 16.63 0.4%

OtherSupply’’ ‘ . . . . . .,.. . . . . ..

Natural Gas Plant Liquids 1.72 ‘1.74 1.68 , ‘ 1.70 1.72 1.61 ‘ 1.57 -0.4%
Net Product imports 2.47 2.31 . 1,72 , 1.47 . 1.37 . 1.27 ‘ 1,26 .5%

Gross Refined Product Imports3 2.17 ‘“1.61 1.34 ‘ . 1.41 ‘ ‘ 1.50 , 1.56 -1,4%
Unfinished Oil Imports ‘ .0.58 ‘0.69 0.67 0.67 0.64 0.62 . .0.70 , 0.1%
Blending Component imports 0.54 0.68 0.74 ‘ 0.79 ‘ 0.67 ‘ 0.59 0.52 -1.1%
Exports . ... ‘ 1.07 1.22 1.30 1.33 ‘ 1.36 1.45 , 1.52 0.9%

Refinery Processing Gain~ ‘ 0.99 . ‘ ‘0.99 1,05. .1.06 too , 0.97 , 0.99 0.0%
Other Inputs 0.41 ‘0.45 .1.04. ‘ 1.46 1.97 2.34 2.41 7.2%

Ethanol ..........................~ 0,26 . 0.36 0.81 ‘ 1.04 1.41 .. 1.59 1.56 6.2%
Domestic production 0.25 0.32 . 0.74 0.93 1.17 1.45 1.44 6.5%
Net Imports ‘, 0.01 005 ‘ 0.07 0.11 , 0.24 0.15 0.12 4.0%

Blodlesel . .0.02 . 0.04 0.08’ . 0.07 . 0.07 0.08 6.9%
‘Domestic Production ...... ‘... ‘ .0.01’ 0.02 . .0.04 , 0.08 0.07’ 0.07 0,08 6.9%
Net Imports 0.00’ 0.00 0.00 0.00 ‘ 0.0,0 0.00 0.00 . -.

Liquids from Gas .,. . 0.00, ‘ 0.00 , ‘0.00’ . 0.00 0.00 ‘ 0.00 .0.00 - -

Liquids from Coal ‘ 0.00’ 0.00 0.0.0 0.06 . 0.15’ .0.17 0.24 - -

Liquids from Biomass 0.00 0.00 0.00 ‘007. 0.14 . 0.28 .0.29 - -

Othot4 , 0,14 0.07 0.18 0.21 . 0.21 0.22 0.24 5.0%

Total Primary Supply2’. . 20.82 20.74 . 21.02 . 21.74.~ . 22.04 , ‘22.34 22.86 0.4%

Liquid Fuels Consumption
byFuel

Liquefied Petroleum Gases 2.03 2.05 2,05 1.96 1.86 1.81 1.80 -0.5%
E857 0.00 0.00 0,00 0.12 0,67 . 0.97 0.92 33.5%
Motor Gasoline1 9.16 9.25 9.59 9.73 , 9.24 8.84 8.91 -0.2%
,JetFuel° ‘ 1.68 1.63 1.66 1.85 2.01 ‘ 2,16 2.31 ‘ 1.5%
Distillate Fuel 01110 4.12 4.17 4.40 4.68 4.91 5.19 ‘ 5,53 1.2%

Diesel 3.04 3.21 3.72 ‘4.00 4.23 4.52 4.87 1.8%
Residual Fuel Oil ............,.,., 0.92 ‘ 0.69 ‘ 0.70 0.69 0.69 0.69 0.70 0.0%
Othor~ ‘ ~.89 2.86 ‘ .2.58 2~65 2.58 2.57 2.62 -0.4%

by Sector , ‘ . . , . .,

Residential and Commercial 1,19 1.07 1.08. 1.11 1,13 1.12 1.12 0.2%
lndustriaT12 , ‘ 5.09 5.16 5.06 4.98 4.79 ‘ 4.70 . 4.73 . -0.4%
Transportation 13.91 ‘14.05 14,60 15.33 15.79 16.15 ‘16.66 0.7%
ElOctric Power’3’ 0.55 0.29 , 0.26 .0,25 . 0.26 0.27 0.28 -0.1%

Total ‘20.80 20.65 . 20.99 21.68 21.96 22.25 .22.80 0.4%

Dlscrepancy24 , 0.02 0.09 0.03 0.06 0.08 0.09 0.06
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Reference Case

Table All. Liquid Fuels Supply and Disposition (Continued)
(Million Barrels per Day, Unless Otherwise Noted’)

AnnualReference Case I Growth
Supply and DIsposition

boo6-2o3o
2005 2006 2010 2015 2020 2025 2030 I(p~~nt)

Domestic Refinery Distillation Capacity” 17,1 17.3 18.3 18.3 18.3 18.3 18,4 0.3%
Capacity Utilization Rate (percent)~6 91.0 90,0 86.8 89.6 89.3 90.1 92.0 0.1%
Net import Share of Product Supplied (percent) 60.4 60.0 54.2 52.8 51.6 51.6 54.3 -0.4%
Net Expenditures for Imported Crude Oil and

Petroleum Products (bIllion 2006 dollars) 251.73 264.86 254.07 203.53 207.19 228.18 261.91 -0.0%

1inoludes loaso condonsate.
‘Strategic petroleum reserve stock additions plus unaccounted tor crude oil and crude stock withdrawsts minus crude product supplied.
‘includes other hydrocarbons and alcohols.
4Tho volumetric amount by which total output is greeter than input due to the processing of crude oIl info products which, in total, have a lower spocilic gravity

than the crude oil processed.
5inciudes petroleum product stock withdrawals, domestic sources of blending components, other hydrocarbons, and others.
‘Total crude supply plus natural gas plant hquida, other inputs, rofinery processing gain, and net product imports,
‘585 refers to a blend of 85 peroont ethanol (renewable> and 15 percent motor gasoline (nonrenewable), To address cold starting issues, the percentage of

ethanol varies seasonally. The annual average ethanol content of 74 percent Is used for this torocasf.
‘Includes ethanol and ethere blended into gasoline.
‘includes only kerosene type.
1’lncludes dislliiate fuel oil end kerosene from petroleum and blomass teedntocks,
“Includes aviation gasoline, petrochemical teedstocks, lubricants, wases, asphalt, road oil, stili gas, special naphihas, petroleum coke, crude oil product

supplied, mathanol, liquid hydrogen,and miscellaneous petroleum products.
“includes consumption for combined heat and power, which produces electricity end other useful thermal energy,
“includes consumption of energy by etectricily-onty and combined heat and power plants whose primary business Is to sail electricity, or electricity and heal, to

the pubiic. includes small power producers and exempt wholesale generators.
‘48aianclng item. Includes unaccounted for supply, losses, and gains.
“Enct-of-year operable capacity.
“Rate is calculated by dividing the gross annual Input to atmospheric crude oh disltlalion units by their operable refining capacity Iii barrels per calendar day,

= Not applicebte.
Note: Totals may not equal sum of components due to independent rounding, Data for 2005 and 2006 are model results and may differ slightly from official EIA

data reports.
Sources: 2005 and 2006 imported crude oil price and petroleum product supplied based on: Energy information Administration (EIA), Annual Energy Review

2006, DOE?EIA-0384(2006) (Washington, DC, June 2007), 2005 and 2006 Imported low sulfur light crude oIl price: SIA, Form EIA-856, “Monthly Foreign Crude
OH Acquisition Report.” Other 2005 dafa: EtA, Petroleum Supply Annual 2005, DOE/E1A-0340(2005)lI (Washington, DC, October2006). Other 2006 data: 514,
Petroleum SupplyAnnuel 2006, DOE/EIA-0340(2005)/I (WashIngton, DC, September 2007). ProjectIons: EIA, AE02008 National Energy Modeling System run
AE02008.D030208F.
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Referenc.e Case

Table Al 2. Petroleum Product Prices
(2006 Cents oer Gallon, Unless Otherwise Noted)

. I AnnualReference Case I Growth

• : Sector and Fuel I ‘ 1 ~006~2030
. 2005 2006 2010 2015 j 2020 2025 2030 I(per0&~t)

Crude OIl Prices (2006 dollars per barrel)
Imported Low Sulfur Light Crude Oil 58,28 66.02 74.03 59.85 59.70 . 64.49 70,45 0.3%
importedCrudeOll” 50.40 59.05 65.18 52,03 51.55 •55.68 58.66 -0.0%

Delivered Sector Product Prices

Residential
Liquefied Petroleum Gases 162.3 198.1 216.3 207.3 207,9 211.4 218.3 0.4%
Distillate Fuel Oil 235.6 248.8 238.6 197.9 1.98.0 209.9 225.7 -0.4%

Commercial V V

Distillate Fuel Oil 191.2 201,8 . 210.2 •. 177,5 182,5 . 191.3 206.7 0.1%
Residual Fuel Oil ~ 167.8 128.8 150.7 119.0 .. . 118.9 129.1 138.0 0,3%
Residual FueEOfi (2006 dollars per barrel) .70.46 . 54.09 63.27 49.97 49,95 54.21 57.97 0.3%

• . In,dustrial° . . V V V , V V V V

Liquefied Petroleum Gases 151.1 . 169.2 152.3 . 142.9 144,1 146.8 152.7 .0,4%
Distillate Fuel Oil :....:.. 200.8 212.1 216.2 ‘ 191.6 200.7 .207.3 223.1 0.2%
Residual Fuel Oil , ., ..,.,........... ‘ 156.2 135.6 . 162.6 123.4 124.0 134.7. ‘144.0 0.2%
Residual Fuel Oil (2006 dollars per barrel) ,, 65.60 56.96 .68.29 51,82 52:10 56.57 60.48 0.2%

Transportation . . V V ,

Liquefied Petroleum Gasas .‘ ,.,,,........,,176.6 . 186.4 223.4 214.0 214.0 . 216.9 ‘223.4 0.8%
Ethanol (E85)~ ,,,.,,,.,,,.....,., 226.6 235.4 223.7 167.0 172.2 ‘175.5 186.1 -1.0%
EthanolWholesala Price ..,., ‘196.8 250.0 180.8 171.3 200.7 . 164.6 152.2 -2.0%
MotorGasoline4 239.5 263.3 255.4 225.4 235.5 236.0 244,6 -0.3%
JetFuei5 ........ ‘.‘, ..• 179.6 200.2 . 212.8 177,6 ‘ 179.2 191.0 ‘. 297.5 0.1%
Diesel Fual’(distlilate fuel oii)° , 249.1 . 271,0 269.8 241.8 250.2 254.1 268.5 -0.0%
Residual Fuel Oil ....‘............ k’,. 129.9 118.1 157.7 128.2 . 130.1 142.1 155.5 1.2%
Residual Fuel Oil (2006 dollars per barrel) .. 54.56 49.62 66.22 53.84 ‘ 54.64 .59.70 65.32 1.2%

ElectrIc Power7 . . V

Distillate Fuel Oil 175.1 ‘ 185.1 189.0 . 148.0 148.3 ‘ 160.8 176.2 -0.2%
Residual Fuel OIl 110.8 122.3 141.5 110.9 112.3 123,4 135.3 .0.4%
Residual Fuel OIl (2006 dollars per barrel) .‘. 46.52 ‘ 51.37 59.43 . 46.56 ‘ 47.18 51,85 56.84 0.4%

Refined petroleum Product Prices8
Liquefied Petroleum Gases 158.0 174.6 165.4 157.2 159.5 163.3 170.1 -0.1%
MotorGasoline4 238.4 261.6 255.4 225.4 235.5 236.0 244.6 .0.3%
Jet Fuel° 179.6 200.2 212.8 177.6 179.2 191.0 .207.5 0.1%
Distillate Fuel Oil .....,., 236.3 255.9 253.9 227.4 236.1 241.9 257.1 0.0%
Residual Fuel Oil 126.4 122,9 154.3 122.6 124.1 ‘ 135.6 147.7 0.8%
Residual Fuel OIl (2006 dollars per barrel) , 53.07 51.63 64.80 51.50 52.12 56.94 62.04 0.8%

Average 213,0 234.5 233.1 206.6 214.1 218,0 229.6 -0.1%

‘Weighted average price delivered to U.S. refiners. .

8lnolurtes energy for combined heal and power plant s, except those whose primary business Is to sell electricity, or electricity and heat, to the public.
8E85 refers to a blend of 66 percent ethanol (renewable) and 15 percent motor gasoline (nosrenewable). To address cold starting Issues, the percsntageof

ethanol varies seasonally. The annual average ethanol conlent of 74 percent Is used for this forecast,
4Salen welghted.everage price for all grades. Isciudas Federal, State and local taxes. V

5lncludes only kerosene type. : . V

~Diesel fuel for on-road use. Includes Federal and State taxes while excluding county and local taxes.
7lncludee electricIty-only end combined heat and power plants whose primary business is to sell electricity, or electricity end heat, to the public. Includes small

power producers end exempt wholesale generators.
8Welghtod averages of end-use fuel prices are derived from the prices In each sector end the corresponding sectorel connumpllon.
Note: Data for 2005 and 2006 are model results and may differ slightly from officIal EtA data reports. .

Sources~ 2005 and 2006 Imported low sulfur light crude oil price: Energy Information Administration (SIA), Form EIA-856, Monthly Foreign Crude Oil
Acquisition Report.” 2005 and 2006 Imported crude oil price: EIA, Annual Energy Review 2006, DOEIEIA-0384(2006) (Washington, DC, June 2007). 2005 end
2006 prices for motor gasoline, distillate fuel oil, and jot fuel are based on: EIA, Petroleum Marketing AnnUal 2006, DOE/EIA-04a7(2006) (Wenhlngton, DC, August
2007). 2005 and 2006 resIdential, commercial, Industrial, and transportation sector petroleum product prices are derived from: EIA, Form EfA-782A,
“Refiners/Gas Plant Operators’ Monthly Petroleum Product Sales Report.’ 2005 and 2000 electric power prices based on: Federal Energy Rogulalory
Commission, FERC Form 423, “Monthly Report of Cost and Quality of Fuels for Electric Plants,” 2005 and 2006 ethanol prices derived from weekly spot prices In
the Oxy Fuel News. 2005 and 2006 wholesale ethanol prices derived from Bloomburg U.S. average rack price. Projeetlona: ElA, AE02008 National Energy
Modeling System run AEO200B.D030208F.
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Reference Case

.Natural Gas Prices
(2006 dollars per mIllion Btu)

Henry Hub Spot Price
Average Lower 48 Weihead Price1’

(2006 dollars per thousand cubic feet)
Average Lower 48 Woilhead Price’1

3.85 4.03 3~55 3.28 3.18 -0.4%
2.64 1.91 1.18 0,68 0.33 -8.7%
1.20 2.12 2.37 2.60 2.84 7.3%

23.20 23.61 23.28 22.94 22.68 0.1%

Delivered Prices
Residential
Commercial
industrial4
Electric Power7
Transportationtm

Averag&’

13.23 13.80
11.86 11.85
8.62 7.89
8.67 7.07

14.97 14.71
10.22 9.49

12.52 11.54 11.74 12,29 13.30 -0.2%
10.91 9.97 10.20 10.78 11.78 -0.0%
7.43 6.33 6.40 6.76 7.50 -0.2%
7.16 6.10 6.11 6.44 7.13 0.0%

14.01 12.71 12.52 12.65 13.22 -0.4%
8.97 8.00 8.22 8.73 9.63 0.1%

‘Marketed production (wet) minus extraction losses,
‘Synthetic natural gas, propane aIr, coke oven gas, refinery gas, blomass gas, air Injected for Blu stabilizatIon, end manulacturod gas commIngled end

distributed with natural gas.
‘Includes any natural gas regaslilod in the Bahamas and transported via pipeline to Florida, as welt sagas from Canada and Moxlco.
‘includes energy for combined heat and power plants, except those Whose primary business Is to sell electricIty, or elect ricity and heat, to the public.
‘Includes any natural gas used In the process of convertIng natural gas to liquid fuel that Is not actually convened,
‘Includes any natural gas that Is converted Into lIquid fuel.
‘Includes consumption of energy by electricity’only and combined heat end power plants whose primary business Is to sell electricity, or electricity and heat, to

the public. Incisdas small power producers and exempt wholesale generators.
‘Compressed natural gas used as vehicle fuel,
‘Represents natural gas used In wall, field, end lease operations, and In natural gas processIng plant machInery.
‘°Balsncing item. Natural gas lost as a result of converting flow data measured at varying temperatures and pressures toe standard temperelure end pressure

end the merger of different data reporting systems which vary In scope, format, definition, and respondent type. 2005 and 2006 values Include net storage
injections.

“Represents lower 48 onshore and offshore supplies,
“Compressed natural gas used as a vehicle fuel. Price Includes estimated moior vehicle fuel faxes and estimated dispensing costs or charges.
“Weighted average prices. Weights used are the seotorai consumptIon values excluding base, plant, and pipeline fuel.
- - = Not applicable.
Note: Totals may not equal sum of components due to Independent rounding, Data for 2005 and 2006 are model results and nay differ shghity from official EIA

data reports.
Sources: 2005 supply values; lease, plant, and pipolina fuel consumption; and residential and commercial delivered prices: Energy Information Administration

(EtA), Natural Gas Annual 2005, DOE/EIA-0131 (2005) (WashIngton, DC, November 2006). 2006 supply values; tease, plant, and pipeline fuel consumption;
wetihead prIce; and residential and commercial delivered prices: ElA, Natural Gas Monthly, DOE/EIA-01 3012007/04) (Washington, DC, April 2007), Other 2005
and 2006 consumptIon based on: EtA, Annual Energy Revlaw200S, DOEJEIA-o384(2006) (Washington, DC, June 2007). 2005 wellhead price: MInerals
Management Service and EtA, Natural Gas Annual2005, DOE/EtA-01 31(2005) (WashIngton, DC, November 2006), 2005 end 2006 electrIc power prices: EiA,
Electric Power Monthly, DOE/EtA-0226, May 2006 through April 2007, Table 4.11 .A. 2005 and 2006 IndustrIal delivered prices are estimated based on: EtA,
Manufacturing Energy Consumption Survey 1994 and indusirial and wetthead prices from the Natural Gas Annual 2005, DOE/EIA.O1al (2005) (Washington, DC,
November2008) and the Natural Gas Monthly, DOE/EtA-0130(2007/04) (WashIngton, DC, April2007). 2005 transporfaf ion sector delivered prices are based on:
EIA, Natural GasAnnual 2005, DOE/E1A-0131(2005) (Washington, DC, November2006) and osilmaied stale taxes, federal taxes, and dispensing costs or
charges. 2006 Iransportetlon sector delivered prices are model resuils. ProjectIons: EIA, AEO200B National Enorgy Modeling System run AE02008.D030208F.
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Table A13. Natural Gas Supply, Disposition, and Prices

Production
Diy Gas Production’ ......,.......,...,, 18.07 18.51 19.29 19.52 19.67 19.60 19.43 0.2%
Supplemental Natural Gas° 0.06 0.06 0.06 0.06 0.06 0.06 0.06 0.1%

Net Imports
Pipeline3
Liquefied Natural Gas

3.61 3.46
3.05 2.94
0.57 0.52

Total Supply 21.75 22.03

Consumption by Sector
ResidentIal
Commercial
Industrial4
Natural-Gas-to-Liquids Heat and Power5
Natural Gas to Liquids Production6
Electric Power’
Transportation5
Pipeline Fuel
Lease and Plant Fuel°

Total

Discrepancy’°

4.83 4,37
3.00 2.83
6.60 6.49
0.00 0.00
0.00 0.00
5.87 6.24
0.01 0.02
0.58 0.58
1.11 1.14

22.01 21.66

4.81
2,96
6.95
0.00
0.00
6.70
0.03
0.62
1.18

23.25

5.01
3.20
7.00
0.00
0.00
6.56
0.06
0.64
1.19

23.66

5.15
3.37
6.93
0.00
0.00
5.92
0.07
0.67
1.22

23.33

5.19 5.17 0.7%
3.53 3.67 1.1%
6.96 6.87 0.2%
0.00 0.00 - -

0.00 0.00 . -

5,30 4.99 -0.9%
0.08 0,09 6.2%
0.70 0.70 0.8%
1.24 1.23 0.3%

22.99 22.72 0.2%

-0.26 0.37 -0.05 -0.05 -0.05 -0.04 -0.05

8.93 6.73 6.90 5.87 5.95 6.39 7.22 0.3%
7.62 6.24 6.16 5.21 5.29 5.69 6,45~ 0.1%

7.85 6.42 6.33 5.36 5.44 5.86 6.63 0.1%



Reference. Case

Table A14. Oil and Gas Supply . Annual

. Reference Case . I Growth

Production and Supply . ~006-2030
• 2005 2006 2010 2015 2020 2025 2030 . kpercen~

Crude Oil

Lower 48 Average Weilhead Price1
(2006 dollars per barrel) .52.37 60.18 78.45 57.71 52.54 5~.77 60.59 0.0%

Production (million barrels per day)2 .

United States Total 5.19 5.10 5.93 6.16 6.23 6.04 5.59 0.4%
Lower 48 Onshore 2.91 2,93 3.10 3.20 3.28 3.43 3.38 0.6%
Lower48 Offshore 141 1.43 2.14 2.38 225 2.08 .1.92 1.2%
Alaska 0.86 0.74 0.69 0.57 0.70 0.53 0.30 -3.7%

Lower 48 End of Year Reserves2 .

(billion barrels) 18.85 19.02 19.89 20.33 20.78 20.72 19.89 0.2%

Natural Gas

Prices (2006 dollars per million Otu)
Henry Hub Spot Price . 8.93 6.73 6.90 5.87 5.95 6.39 7.22 0.3%
AveraGe Lower 48 Wellhead Prld& . 7.62 6.24 6.16 5.21 5,29 5.69 6.45 0.1%

Prices (2006 dollars per thousand cubic feet)
AverageLower48 Wellhead Price1 7.85 6,42 6.33 5.36 5.44 5.86 663. 0.1%

Dry Production (trillion cubic feet)3 , . . . .

United States Total ~, 18.51 19.29 .19.52 19.67 19.60 19.44 . 0.2%
Lower48 Onshore ...,,...........‘ 14.24 16.04 15,26 14.81 14.16 13.74 13.95 0.3%

Associated-Dissolvod4 1.35 1.42 141 1.40 1.33 1.29 1.20 -0.7%
Non-Aspoclated 12.90 13.62 13.85 13.41 12.83 : 12.45 . 12,76 . -0.3%

Conventional 5oo 5.14, 4.81 3.96 . 3.47 3.18 . 3.23 -1.9%
Unconventional 7.89. 8.48 k 9.04 9.45 . . 9.36 . 9.28 .. 953 0.5%

Lower4sOtfshore 337 3.05 3.61 4.32 4.31 .3.86 . 347 0.5%
Associated-Dissolved4 0.68 0.62 . 0,73. 0,95 . 0.97 0.87 0.77 0.9%
Non-Associated 2.69 2.43 2.88 3.37 3.35 2.99 .2.69 0.4%

Alaska....,........,.................. 0.46 0,42 0.42 0.38 . 1.19 2.00 2.01 6.7%

J.ower 48End of Year Dry Reserves
(trillion cubic feet) 196.22 202.99 220.62 227.01 . 219;31 207.16 200.42 -0.1%

Supplemental Gas Supplies (trillion cubic feet)6 0.06 . 0.06 0.06 0.06 0.06 0.06 0.06 ‘ 0.1%

Total Lower 48 Wells On lied (thousands) 41.84 49.72 62.33 42.40 37.19 34.02 . 35.78 -1.4%

1flepresents lower 48 onshore and oltshore supplies.
2lncludos lease condensate.
5Marketod productlon(wet) minus extraction losses. . . ., . .

‘Gas which scours Ia crude oil reservoirs either as tree gas (associated) or as gas In solstion with crude oil (dissolved).
6Synthotlc natural gas, propane air, coke ovsn gas, retinery gas, biomass gas, air Inlected for Stu stabilizatIon, and manufactured gas commingled and

distributedwilh natural gas.
Note: Totals may not equal sum at components due to independent rounding. Data for 2005 and 2006 are model results and may differ slightly tram ottlclal EIA

data roports. . .

Sources: 2005 and 2006 crude oil lower 48 average wellhead price: Energy Information Adnsinistretlon (CIA), Petrolaum Marketing Annual 2006, DOE/CiA
0487(2005) (Washington, DC, August 2007). 2005 and 2006 lower 48 onshore lower 48 otlshore, end Alaska crude oil production: CIA, Petroleum Supply.Annual
2006, DOE/EIA-0340(2006)/1 (Washington, DC, September 2007). 2005 U.S. crude oil and natural gas reserves: EIA, IfS. Crude Oil, Natural Gas, and Natural
Gas Liquids Reserves, DOE/EIA-e216(2005) (Washington, DC. November 20p6) 2005 Alaska end total natural gee production, and supplemental gas supplies:
CIA, Natural Gas Annual 2005, DOE/EIA’Ol 31(2005) (WashIngton, DC, November 2006), 2005 natural gas tower 45 average welihead price: Minerals
Management Service and CIA, Natural Gas Annual 2005, DOEIEIA-0131 (2005) (Washington, DC, November2005), 2006 natural gas lower 48 average wellheed
price, Alaska and total natural gas production, and supplomontal gee eupplleu: ~lA, Natural Gas Monthly, 000/EIA-0130(2007/04) (Washington, DC, April2007).
Other 2005 and 2006 values: EIA, Oltlca ot Integrated Anai9sia and Forecasting. Projections; E~A,.ACQ2008 National Energy ModellngSyateiii run
AE02008.D030208F. .
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Reference Case

Table A15. Coal Supply, Disposition, and Prices

397 392 381 340 327 324 328 -0.7%
149 151 166 193 199 219 241 2.0%
585 619 619 682 745 820 885 1,5%

East of the Mississippi 494 491 488 460 447 457 451 -0.1%
West of the Mississippi 638 672 678 755 823 906 974 1.6%

Total 1131 1163 1166 1215 1270 1363 1455 0.9%

Waste Coal Supplied2 13 14 13 14 11 Ii 12 -0.4%

Net Imports
imports°
Exports

Total

Total Supply4 1124 1161 1144 1225 1326 1431 1545 1.2%

Consumption by Sector
Residential and Commercial ,,.,,.,..,,,, 4 4 4 4 4 4 4 -0.2%
Coke Plants 23 23 23 21 20 20 18 -0.9%
Other Industrial5 60 61 64 60 59 58 58 -0.2%
Coa1~to-Liquids Heat and Power 0 0 0 9 23 26 35 - -

Coal to Liquids Production .......,...,,,., 0 0 0 7 19 21 29 - -

Electric Power8 ...,.,,,,,...,.,.,,.., 1037 1026 1054 1125 1202 1303 1401 1.3%
Total 1125 1114 1145 1225 1327 1431 1545 1.4%

Disorepancyand Stock Change° -2 47 -0 -0 -0 -0 -0 - -

Average Minemouth Price5
(2006 dollars pershortton) 24.08 24.63 26.16 23,38 22.51 22.75 23,32 -0.2%
(2006 dollars per million Btu) 1.18 1.21 1.28 1:17 1.14 1.16 1.19 -0.1%

Delivered PrIces (2006 dollars per short ton)5
Coke Plants 86.43 92.87 107.02 92.85 89.86 92.16 94.68 0.1%
Other Industrial5 49.13 51.67 51.64 49.16 48.82 49.21 49.91 -0.1%
Coal to Liquids - - -- - - 14.44 16.54 18.07 20.60 - -

Electric Power
(2006 dollars per short ton) 32.01 33.85 36.62 34.24 33.84 34,03 35.03 0.1%
(2006dollarspermlliionBtu) ......,,.., 1.59 1.69 1.84 1.74 1.72 1.74 t78 0.2%

Average 34.08 35.03 33.87 35.71 34.83 34.94 35.70 -0.0%
Export&° 69.22 70.93 80.99 71.83 74.00 76.33 79.44 0.5%

1lncludes anthracIte, bituminous coal, subbituminous coat, end lignite.
2lnctudes waste coal consumed by the electric power and Industrial sectors, Waste coal sepplied Is counted as a supply-side Item to balance the same amount

of waste coal Included In ihe consumption data.
°Excludes Imports to Puerto RIco and the U.S. Virgin Islands.
4Produclion plus wante coal supplied plus net Imports.
6lnxludes consumption for combined heat end power plants, except those plants whose primary business Is to sell electricity, or electricity and heat, to the

public. Excludes all coal use In the coal-to’liqulds process.
6lncludes all electricIty-only and combined heat and power plants Whose primary business Is to sail electricity, or electricity and heat, to the public.
7Belenclng Item: the sum of production, net imports, and waste coal supplied minus total consumption.
9ncluctes reported prices for both opan market and captive mines,
~PrIces weighted by consumption; weighted average excludes residential and commercial prices, and export free-alongsIde-ship (f.a.a.) prices.
15Fas price at U.S. port of exit,
- - Not applIcable.
Blu BritIsh thermal unIt.
Note: Totals may not equal sum 0! components duo to Independent rounding. Data for 2005 and 2008 are model results and may differ slightly from official EIA

data reports,
Sources: 2005 and 2006 data based on: Energy Information AdminIstratIon (EtA), Annual Coal Report 2006, DOE/EIA-0584(2006) (Washington, DC,

November 2007); EtA, Quarlerly Coal Report, Qclober-Decomber200S, DOE/EIA-0121(2006/4Q) (WashIngton, DC, March 2007); and EIA, AEO200S Notional
Energy Modeling System run AE02008.0030208F. Projections: EtA, AE02008 Notional Energy Modeling System run AEO200a.0000208F,
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Production1
Appalachia
Interior
West

29 34 137 42
50 50 71 45

-21 —15 -34 -3

80 93 112 Si%
34 35 35 -1.5%
46 57 78 -.



Reference Case

Table A16. Renewable.Energy Generating Capacity and Generation
(Gic~awatts, Un~ess.Othèrwise Noted)

V Reference Case Annual
. Growth

Capacity end Generation V 006-2030
2005 2006 2010 ~5 2020 2025 2030 (percent)

Electric Power Sector9

Net Summer Capacity
Conventional Hydropower
Geothermal2
Municipal Waste3
Wood and Other Biomass”
Solar Thermal
Solar Pholovoitaic6
Wind

Total

Generation (billion kilowatthours)
Conventional Hydropower V

Geothermal2
V Biogenlo Municipal Waste7

Wood Ond Other Biomass’
Dedicated Plants
Cotiilng

Solar Thermal
Solar Photovoltaic’
Wind

Total

End-Use Generators’
Net Summer Capacity

Conventional i~tydropowerQ
Seothermai
Munioipai Waste’°
Blomass
Solar Photovoltsic6

V Wind
Total

• Generation (billion kiiowatthours) V V V V V VV V V

Conventional Hydropower9 3,46 V 3.24 3.24 3.24 3~24 3.24 3.24 -0~0%
Geothermal 0.00 0.00 0.00 0.00 0.00 0.00 0.00 - -

Municipal Waste’° 1.95 2.06 2.82 2.82 . 2.82 2.82 2,82 1.3%
Blomass 28.33 25,44 29.95 40.50 57.00 84.74 86.99 4.8%
SolarPhotovoitaic6 0,28 0.43 1.07 1.25 185 2.97 4,76 10.6%
Wind 0.02 0.06 0.06 0,06 0.13 0.24 0.38 8.3%

Total 34.03 •~ .34,22 37.17 47.88 65.05 94.02 98.19 4.5%

‘Includes electricity-only and combinad heat and power plants whose primary business Is to sell electricity, or electricity and heat, to the public.
‘includes hydrothermal resources only (hot Water and steam). . V

‘Includes at municipal Waste, landlit gas, and nrctniclpsi sewage sludge. Incremental growth is ausumed to be br lsndtlli gas facilities. All municipal waste is
included, although a portion of the municipal waste stream contains petroleum-derived plastics end other non-renewable sources, V

‘Facilities co-firing biomess and coal are classitled as coal. V V V

‘Includes projections br energy crops alter 2012. V V

‘Does not Include ott-grid PV, Based on ennual PV shipments from 1989 through 2005, CIA eslimatesthat as much V~5 192 megawatts 01 remote electricity
V generation PV applications (i.e., ott-grid power systems) wore JnVservice in 2005, plus an ~ddltionai 481 megawatts in communications, transportation, end assorted

other non-grid-connected, specialized epplications. See Energy Information Administretion, Annual Energy RevIew 2006, DOE/EIA.0384(2006) (Washington, DC,
June 2007), Table 10.8 (annual PV shipments, 1989.2005). The approach used to develop the estimate; based on shipment data, provlde.s an epper estimate ot
the size of the PV stock, Including both grid-based and ott-grid PV. It wilt overeslimetethe size at the stdcls, because shipments Include a substantial number 01
units that are exported, end each year some of the PV Units Installed earlier will be retired trdm service or abandoned, V

‘Includes biogenic municipal waste, landlill gas, and municipal sewage sludge. Incremental growih is assumed to be for iandtlll gas factitien. Only blogenlo
municipal waste Is Included, The Energy Intormatioa Administration estimates approximately 7 billIon kilowatihours 01 electricity was generated Irom a municipal
waste stream containing petroleum-derived plastics end other non-renewable sources, See Energy Intormetlon Administration, Methodology ~orAlioca1ing
Municipal Solid Weaie to Blogeeic and Non-6iogonlc Energy, (Washington, DC, May 2007). .

‘Includes combined heat and power j~Iants and electricIty-only plants in the commercial and Industrial sectors; and.small on-site generating systems In the
residentIal, commercial, and industrIal sectors used primarily br own-use generation, but which may also sell seme power to the grid.

‘Represents own-use Industrial hydroelectric power. V . VV•

“Includes municipal waste, landfill gee, end municipal sewage sludge. All municipal.waste Is Included, although a portion of the municipal waste stream
contains petroleum-derived plastIcs and other non-renewable sources. V V

- - Not applicable. V V V

Note: Totals may not equal sum ot components due to Independent rounding. Data for 2005 end 2006 are model results and may difter slightly trom otticial CIA
data reports.

Sources~ 2005 and 2006 capacity: Energy Intoavalion Administration (EtA), Form EIA-860, Annual Electric Generator Report’ (preliminary). 2005 and 2006
generation: CIA, Annual Energy Flevlew 2006, D0E/ElA-0384(2006) (Washington, DC, June 2007). ProjectIons: CIA, AE02008 National Energy Modeling
System run A502008.D030208F, V V V V V
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76.72 V 76.72 75.73 7715 . 77.26 77.26 77.32 0.0%
2.23 2.29 2.50 2.88 3.28 V 2:5%
3.21 3.39 3.99 3.99 4.02 4.06 4.06 0.8%

V 1.96 2.01 2.20 2.74 4.39 4.64 5.58 4.3%
0.40 0.40 V 0.54 0.80 0.82 0.84 0.86 V .3.2%
0.03 V 0.03 0.07 0.14 0.22 0.30 0.39 11.2%
8.92 11.50 25.61 29.63 33,64 37.18 40.15 8.3%

.93.46 96.34 .111.63 117.32 123.62 128.26 132.54 . 1.3%

266.91 V .285.07 V 289.47 297.22 298.00 29809 298.53 . 0.2%
14.69 V V 14.84 17.52 2079 23.96 27.84 31.05 3.1%
12.70 13.46 V 18.85 18.85 . 19.08 19.46 19.47 1.6%
10.57 10.97 22.98 42,96 V . 83.30 82.55 8.8%
8.60 •906 . 1.t06 18.46 27.74 30,98 36.64 V 6.0%
1.97 1.91 11,92 27.51 49.79 45.91 142%

V 0.54 0.49 1.15 1.97 204 2.11 2.18 6.4% V

0.02 0.01 0.16 0.32 0.52 0.74 . 0.96 19.6%
17.81 25.78 74.13 87.19 101.23 113.14 123.18 6.7%

323.23 350.62 424.27 469.30 522.35 544.68 557.91 2.0%

.0.71 - ~V 0,70 V V.0.70 . 0.70 0.70 V 0.70 0.70 V 0.0%
0.00 0.00 0.00 0.00 o~oo V~ 0.00 V0.00 - -

Q,34 VV. 0.35 0.35 0.35 0.35 V V 0.35 V 0.35 . . 0.0%
4.72 4.64 4.89 . 6.37 8.57 12.21 12.60 V 43%
.018 0.27. . 0.67 0.77 1.13 1,77 2.~0 10.2%
0.01 •0.04 V 0.04 0.05 0.09 0.17 0.26 8.0%
696 6.00 6.65 8.24 10.85 . 15.20 16,72 V V 44%
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Reference Case

Table A17. Renewable Energy, Consumption by Sector and Source1
(Quadrillion Btu ~er Year’)
. Reference Case Annual

GrowthSector and Source 006-2030
2005 2006 2010 f 2015 2020 2025 2030 (percent)

Marketed Renewable Energy2

Residential (wood) 0.45 0.41 0.44 0.42 0.40 0.39

Commercial (biomass)

Total Marketed Renewable Energy

0.13 0.13 0.13 0.13 0.13 0.13

Sources of Ethanol
From Corn 033 0.41
From Cellulose 0.00 0,00
From Other Feedstooks 0.00 0.00
Net Imports 0.01 0.06

Total 0.34 0.47

0.38 -0.3%

0.13 0.0%

2.77 7.4%
0.88 33.5%
1.13 3.7%
0.16 6.9%
0.60 . - -

0.95 1.18 1.26 1.26 1,26 4.8%
0.01 0.03 0.23 0.58 0.58 - -

0.00 0.00 0.01 0.02 0.01 . - -

0.09 0.14 0.31 0.19 0.15 4.0%
1.05 1.34 1.82 2.06 2.01 .6.2%
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Industrial3
Conventional Hydroelectric
Municipal Waste4
Blomass
Blotuels Heat and Coproducts

1.88 1.99 2.34 2.75 3.32 4.21
0.03 0.03 0.03 0.03 0.03 0.03
0.16 0.15 0.15 0.15 0.15 0.15
1.45 1.51 1.48 1.57 1.65 1.75
0.24 0.30 0.67 1.00 1.49 2.28

Transportation 0.35 0.50 1.13 1.66 2.24 2.77
Ethanol used In E856 0.00 0.00 0.00 0.12 0.64 0.93
Ethanol used In Gasoline Blending 0.34 0.47 1.05 1.22 1.18 1.13
Blodlosel used In Distillate Blending 0.01 0.03 0.06 0.17 0.13 0.14
Liquids trom Blomass 0.00 0.00 0.00 0.15 0.29 0.56

4.33 3.3%
0.03 0.0%
0.15 0.0%
1.83 0.8%
2.31 8.9%

Electric Power6 . 3.49 3.74
Conventional Hydroelectric 2.67 2.86
Geothermal 0.31 0.31
Biogenic Municipal Waste7 0.20 0.15

‘Blomass 0.18 .0.16
Dedicated Plants ,..,,,,,,,,.,,,,,,,,,, 0.14 0.12
Cofiring 0.04 0.03

Solar Thermal 0.01 0.00
Solar Photovoltalo 0.00 0.00
Wind 0,12 0.26

4.53 5.05 5.64 5.94
2.89 2.96 2.97 2.97
0.37 0.48 0.58 0.70
0.23 0.23 0.23 0.23
0.28 0.48 0.82 0.87
0.12 0.16 0.27 0.30
0.16 0.33 0.55 0.57
0.01 0,02 0.02 . 0.02
0.00 0.00 0.01 0.01
0.74 0.87 1.02 1.13

6.13 2.1%
2.97 0.2%
0.80 4.0%
0.23 1.8%
0.86 7.4%
0.36 4.6%
0.49 11.9%
0.02 6.4%
0.01 19.6%
1.24 6.7%

6.30 6.77 8.56 10.00 11.74 13.44 13.73 3.0%



Reference Case

Table A17. Renewable Energy, Consumption by Sector and Source’ (Continued)
(Quadrillion Btu øer Yéar’j .

. . Reference Case Annual
•~ . Sector andSoüróe . .. . . •. .

. 2005 2006 2010 20i5 2020 2026 2030 (percent)

• Nonmarketed Renewable Energ~
Selected Consumption

Residential 0.01 0.02 0.02 0.03 0.04 0.05 0.07 5.9%
Solar Hot Water Heating .01 .0.02 p.02 0.03 0.04 0.05 p.3%
Geothermal Heat Pumps . 0.00 0.00 0,00 0.01 . 0,01 0.01 IJc~ 6.1%
Solar Photovoltaic 0.00 0.00 .. 0.00 0.00 0,00 0.00 0,01 16.9%
Wind 0.00 o.oo 0.00 . o.oo 0.00 . 0.00 0.00 0.0%

Commercial 0.03 .0.03 0.03 0.03 . .0.03 0.04 0.04 .‘ 1.7%
Solar Thermal . 0.02 ..~ 0.02 . . 0.03 0.03 . 0.03 . 0.03 0.03 0.5%
Solar Photovoltaic . ‘0.00 0,00 . 0.00 0.00 0.00 0.01 0.01 8.7%
Wind . ~ 0.00 . 0.00 . 0.00 0.00 .0.00. 0.00 0.00 . 11.9%

tActual heat rates used là determine’füol consumption brat resewable fuels except hydropower, sotar, and wind, Consumption at hydroelectric, solar, and wind
facitilies determined by uslng.the fossil fuel equlvalen,t p110022 elu per kilowaltt,our. . .

2tnctudea nonetsclric renewable ensrgy groups for which the energy source is hought aqd sold in the marketplace, although all transactions may not necessarily
be marketed and marketed renewable energy inputs for electricity entering lhe markotpiace on the elect rio power grid Excludes eioctncity Imports sea Table A2

tinciudos all electricity production by Industrial and other oomblned heat and power br the grid and for own use.
4lncludas municipal Waste, lsndlili gari, and municipal sewage siudge. At municipal waste is inciudect, although p portion of the municipal waste stream contains

petroleum-derived plastics and olher non-ronswabie sources, . .
tESoludes motor gasoline component of E65.
tinciudes conqumption ci energy by eiecfrlclty.only arid combined heal and power plants whose primary business Is to sell electricity, or electricity and heat, to

thd,public, Includes small power producers and exempt wholesale generators. . .

‘includes biogesicmunlclpsi Waste, taqdlili gas, and municipal sewage sludge. Incremental growth is assumed to be for lpncIlSl gas lacilllies, Only blogenlo
municipal waste Is included, The Energyinlormalion Administration estimates approximately. .36 quadrillion atus were consumed from a municipal waste stream
containing petroleum-derived plastics and other non-renewable sources. See Energy Information Administration, Methodology for Allocating Municipal Solid Waste
to Biogenlo and Non-Blogenio Energy, (Washington, DC, May 2007). . .

tincludea selected renewable energy consumption daIs for which tho energy is not bought or Sold, either directly or indiroclly as an input to marketed energy.
The Energy tnlormaiion Administration does not estimate or project total consumption of nonmarl<eted renawabie energy.

- - = Not applicable. . .‘ . . .

Btu = Brifish fherrrtal unit, . .

Note: Totals may not equal sum of components due 10 independent rounding. Dala for 2005 and 2006 are model results and may diller slightly from official EtA
data reports. . . . . . . ... .

Souroea~ 2005 and 2006 ethanol: Energy information Administration IdA), Annual Energy Review 2006, D0EIEIA.0384(2008) (Washington, DC, June 20071.
2005 asd 2006 electric power sector: CIA, Form E1A-560, ~Annual Electric Generator Report’ (pratminary), Other 2005 and 2006 values: GA, Otlice of Integrated
Analysis and Forecasting, Prolectlons:. EtA, AEO200S National Energy Modeling Systam.run AEO200S.0030205F. .
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Table Al 8. Carbon Dioxkle Emissions by Sector and Source

Commercial
Petroleum
Natural Gas
Coal
Electricity’

Total

Transportation
~. Potrolei~m~
1’ Naturdl~Gasu

Electricity’
Total

Reference Case

101 100 91 92 92 90 88 -0.5%
262 237 263 274 281 284 282 0.7%

1 1 I 1 1 1 1 0,9%
890 866 904 913 949 1004 1079 0.9%

1253 1204 1259 1280 1324 1379 1451 0.8%

Electric Power’
Petroleum 101 55 43 44 45 47 48 -0.5%
Naturaf Gas 321 340 365 358 323 2~9 272 -0.9%

~Coal 1964 1938 1993 2105 2247 2423 2615 1.3%
Other7 12 12 12 12 12 12 12 0.1%

Total 2397 2344 2413 2519 2627 2771 2948 1.0%

Total by Fuel
Petroleum3 2615 2581 2555 2636 2650 2676 2787 0.3%
Natural Gas 1193 1163 1256 1279 1262 1245 1231 0.2%
Coal 2162 2134 2188 2299 2459 2638 2841 1.2%
Other7 12 12 12 12 12 12 12 0.1%

Total 5982 5890 6011 6226 6384 6571 6851 0.6%

Carbon Dioxide Emissions
(tons per person) 20.1 19.6 19.3 19.2 18.9 18.7 18.7 -0.2%

Emissions 1mm the electric power sector are distributed to the end-use sectors.
tFuel consumption includes energy for combined heat and power plants (CHP), except those plants whose primary business is to sell electricity, or elactricity

and heat, to the public.
‘Includes lease and plant luei.
‘This includes carbon dioxide from international bunker fuels, both civilian and military, which are excluded trom the accounting of carbon dioxide emissions

under the United Nations convention. From 1890 through 2006, InternatIonal bunker tuets accounted for 84 to 126 million metric tons annually.
‘Includes pipeline fuel natural gas arid compressed natural gas used as vehicle fuel.
‘Includes electricity-only and combined heat and power pients whose primary business Is to sell electricity, or electricity and heat, to the public.
‘Includes emissions from geothermal power and nonbiogenic emissions from municipal Waste.
Note: Tolais may not equal sum of components due to independent rounding. Data for 2005 end 2006 are model results and may ditler slightly from oltlciai E1A

data reports.
Sources: 2005 end 2006 emIssions end emission tectors: Energy Information Administration (EIA), Emissions of Greenhouse Gases In the United States

2006, DOEIE1A-0573(2006) (Washinglon, DC, November 2007). Prolectlona: EIA, AE02008 Nalional Energy Modeling System run AE02008.D030208F,
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Residential
Petroleum
Natural Gas
Coal
Electricity’

Totai

Industrial2
Petroleum
Natural Gas’
Coal
Electricityt

Total

52 53 46 48 49 49 49 -0,3%
169 155 162 175 184 193 201 1.1%

9 6 8 8 8 8 8 1.0%
835 832 864 945 1024 1117 1216 1.6%

1066 1046 1079 1176 1268 1367 1474 1.4%

412 421 435 442 432 428 436 0.1%
409 399 430 435 434 437 433 0.3%
189 189 186 185 204 206 217 0.6%
668 642 640 656 649 645 647 0.0%

1677 1652 1693 1718 1718 1716 1733 0.2%

1948 1952 1940 2010 2032 2062 2145 0.4%
33 33 36 38 40 43 43 1.2%

4 4 4 5 5 5 5 1.2%
1985 1989 1980 2052 2077 2110 2193 0.4%



Reference Case

Table A19. Macroeconomic Indicators
:(BiIflon 2OOOCha~i-Weighted Dollars. Unless Otherwise N.oted’.

. . Reference Case Annual
. . ~J Growth

Indicators . ~006-2030
. . 2005 2006 2010 2015 j 2020 2025 2030

Real Gross Domestic Product 11004 11319 12453 14199 15984 17951 20219 2.4%
Components of Real Gross Domestic Product

Real Consumption .‘ 7804 •‘ 8044 8845 10151 11362 . 12628 13999 2.3%
Real Investment ‘.~... .‘ . 1869 1920 .1939 2307 2614 3088 ‘3743 2,8%
Real Oo.vemment Spending 1946 •. 1981 2087 2164 2258 2352 2471 .0.9%
Real Exports , . . .1203 1304 1797 2455 3387 . 4582 6191 .6.7%
Real imports 1821 . 19292190 2796 .. 3474 4415 5723 4,6%

Energy Intensity
(thousand. Btu per 2000 dollar of GDP) . V .

Delivered Energy 6.62 6.39 6.03 5.48 5.00 4.57 4.16 -1.8%
Total Energy ‘“‘‘‘:‘ 9.09 8.79 830 7.54 . 6.91 6.35 5.8~0 -1.7%

Price Indices . . . . . .

GDP Chain-type Price Index (2000=1.000) 1.130 1.166 1.260 1.375 1,620 1.686 1.87t 2.0%
Consumer Price Index (1982~4=1 .00)

All-urban . 1,95 2.02 2.20 2.38 2.64 2,94 3.29 2.1%
Energy Commodities and Services 1.77 1.97 .2.15 2,15 . 2.43 2.73 3.14 .0%

Wholesale Price Index (1982=1.00)
AllCommoditlos 1.57 1.65 1.80 1.84 1.96 .2.10 2.26 . 1.3%
Fuel and Power 1.56 1.67 1.88 1.82 2.04 2.34 2.75 2.1%

Interest Rates (percent, nominal) ‘ . . . . .

Federal Funds Rate 3.21 ~. 4.96 4.69 4.71 4.92 4.85 .4.91 -.

‘lO-Vear’Treasury Note ‘. 4.29 4.79 5.24 5.20 5.44 ‘5.41 5.46 . -.

AA Utility Bond Rate . .‘ “. . 5.44 . ‘ 5.84 . . ‘.6.65’ 6.71 . 6.98 7.01 7.13 , -.

Value of Shipments (billion 2000 dollars) . ,

Totaitndustrial ................‘.....‘.~ 5732 5821 .5997 6659 7113 7546 7997 .1.3%
Nonmanufacturlng 1525 . 1531 1419 1583 . 1619 1663 1715 0.5%
Manufacturing 4208 . 4290 4577 5076 5493 5883 6283 1.6%

Energy-Intensive 1207 1225 1283 . 1351 1387 . 1418 . 1447 0.7%
Non-energy intensive . 8001 . 3065 ‘ 3295 3725 4107 4465 4836 1.9%

Population and Employment (millIons)
Population, with Armed Forces Oversees 297.3 300.1 310.9 324.3 ‘337.7 ‘ 351.4 385.6 0.8%
Population, aged 16 and over , 232.2 ‘ 235.0 244.9 255.3 266.0 277.3 289.3 0.9%
Population, overage 65 . . .‘:..............‘ . 36.9 ‘ 37.3 ‘ 40.4 47.0 ‘54.9 63.8 , 71.6 .‘ 2,8%
Employment, Nonfarm ‘ 133.6 . 136.1 142.4 ‘149.7 154.5 160.9 ‘ 168.1 0.9%
Employment, Manufacturing 14.2 14.2 14.2 .. 14.4 ‘ 13.8 12.5 ‘ 11.2 -1.0%

Key Labor Indicators . .

Labor Force (~nilflons) .....‘...,,,.. 149.3 . 151.4 ‘ 156.8 162.1 165.6 171.0 177.9 ‘0.7%
Nonfarm Labor Productivity’.(1992=1.00). ..... . 1.34 1.35 . 1.45 . 1.60 1.77 .1.95 , 2.14’ ‘1.9%
Unemployment Rate (percent) ‘ 5.07 , .4.63 ‘ .5.03’ , . 4.58 4.62 4.79 , 4:80

Key Indicators for Energy Demand ‘. . . . , .

RealDisposabie Personal Income 8148 8397 9472 ‘11055 ‘ 12654 ‘ 14349 , 16246 2.8%
Housing Starts (millions) 2.22 ... 1.93 1.68 . 1.88 1.78 . 1,74 1.70 ~0.5%
Commercial Ficorspace (billion square feet) ... 73.8 ‘74,8 . 78.8’ . 83.9 . , 89.3 94.8 100.8 1.2%
Unit Sales of Light-Duty VehIcles (millIons) ,.. 16.95 16.50 16.38 ‘17.75 17.47 .18.35 19,39 0.7%

GDP = Gross domestic product .

8W = British thermai unit. .
- - = Not appflcabio. ‘ ‘. V

Sources: ‘2005 and 2006: Giobal insight, Globai Insight industry and Employment models, July2007, ProjectIons: Energy information Administration,
AEO200B Natlonai Energy Modeling SyStem run AE02008.D030208F.
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Reference Case

Conventional Production (Conventional)2
OPEC3

Asia 1.15
Middle East 22.50
North Africa 3.81
West Ahica 4.03
South America 2.21

Total OPEC 33.71
Non-OPEC

OECD
United States.(50 states) 8.04
Canada 1.99
Mexico
OECD Europe4 5,94
Japan 0.13
Australia and New Zeaiand 0.59

Total OECD 20.49
Non-OECD

Russia 9.58
Other Eurasia6 2.65
China 374
Other Asia6 2.77
Middle East7 1.67
Africa 2.47
Brazil 1.75
Other Centrai and South America 2.36

Total Non-OECD 26.98

Total Conventional Production

Unconventional Production6
United States (50 states)
Other North America
OECD Europe3
Middle East7
Africa
Central and South America
Other

Total Unconventional Production

1.11 1.03 0.99 0.98 0.99 0.94 -0.7%
23.21 22.41 23.40 24.09 25.24 27.35 0.7%
3.90 4.28 4.63 4.78 4.84 4.62 0.9%
4.02 5.77 6.88 7,41 7.80 8,23 3.0%
2.06 1.99 2.20 2.18 2,17 2.16 0.2%

34.30 35.48 38.09 39.45 41.04 43.50 1.0%

7.91 8.84 9.12 9.15 8.84 8,39 0.2%
2.00 1.85 1.56 1.32 1.16 1.05 -2.7%
3.74 3.37 3.29 3.25 3.24 3.35 -0.5%
5.52 4.89 4.05 3.59 3.43 3.39 -2.0%
0.13 0.12 0.13 0.14 0.15 0.15 0.8%
0.57 0.62 0.64 0.65 0.66 0.66 . 0.6%

19.85 19.69 18.78 16,10 17.48 16.99 . -0.6%

9.82 10.34 10.60 10.90 11.37 11.69 0.7%
2.85 3.77 4.83 5.46 5.88 6.36 3.4%
3.80 3.83 3.87 3.87 3.70 3.53 -0.3%
2.89 2.92 3.22 3.40 3.43 3.17 0.4%
1.69 2.00 2.20 2.40 2.70 2.90 2.3%
2.49 2.92 3.35 3.83 4.04 3.99 2.0%
1.84 2.40 2,94 3.39 3.65 3.66 2.9%
2.36 2.32 2.49 2.67 3.03 3.51 1.7%

27.73 30.51 33.49 35.94 37.80 38.81 1.4%

81.17 81.88 85.67 90.37 93.48 96.31 99.30 0.8%

Total Production 83.65 84.66 90.40 96.70 101.60 107.14 113.31 1.2%
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Table A20.. International Liquids Supply and Disposition Summary
(Million Barrels per Day, Unless Otherwise Noted~t

. AnnualReference Case I Growth
Supply and Disposition

k006-203o
2005 2006 2010 2015 2020 2025 2030 I(p~0e~~t)

Crude Oil Prices (2006 dollars per barrel)
imported Low Sulfur Light Crude 08 58.28 66.02 74.03 59.85 59.70 64.49 70.45 0.3%
imported Crude 011 50.40 59.05 65.18 52.03 51.55 55.68 58.66 -0.0%

0.26 0.34 0.78
1.09 1.23 1.91
0.03 0.04 0.07
0.00 0.00 0.03
0.15 0.17 0.31
0.79 0.80 1.18
0.16 0.20 0.44
2.48 2.78 4.73

1.15 1.53 1.97 2.06 7.9%
2.34 2.85 3.41 3.96 5,0%
0.10 0.15 0.19 0.26 8.4%
0.18 0.31 0.62 1.24 25.8%
0.36 0.44 0.59 0.83 6.9%
1.45 1.76 2.09 2.51 4.9%
0.76 1.28 1.96 3.15 12.1%
6.34 8.32 10.83 14.00 7.0%



Reference Case

Table A20. International Liquids Supply and Disposition Summary (Continued)
(Mililon Barrels ner Day, Unless Otherwise Noted).

Reference Case Annual
• .. Supply and Disposition

.. 2005 2006 2010 2015 2020 2025 2030 l(pe~~t)

Consumption5
OECD

~ United States (50 states) 20.80 20.65 20.99 21.59 21.47 21.62 22.11 0.3%
United States Territories 0.37 0.38 0,43 0,47 0.51 0.55 0.59 1.9%
Canada 2.26 2.27 2.32 2.34 2.36 2.38 . 2.40 0.2%

• Mexico 2,03 2,06 2.19 2.36 2.61 2.75 2.95 . 1.5%
OEOD Europ& 15.42 15.42 15.47 1563 15.71 15.79 15.86 0.1%
Japan 5.16 5.16 5,18 5,21 5.22 5.24 5.26 ~. 0.1%
South Korea ‘, 2.17 2.18 2.25 2.47 2.57 2.68 2.81 1.1%

~ AustrallaandNewZealand .•, 1.03 los 1.07 1.13 1.19 1.25 1.28 0.9%
TotaIOECD 4924 4916 4990 5120 5164 5216 5328 03/

Non OECD
• : Russia 2.77 . 2.79, 2.89 3.03 3.13 3.25 .3.32 0.7%

Other Non~OECD’Euraslan 2.05 209 2.26 2.43 2.64 2.79 2.96 1.5%
• China .‘.‘ 6.73 7.26 9.44’ 10.55 11.96 13.63 16.69 3.3%

India .. 2.44 2.49 .2.68 3.25 3.62 4.03 4.37’ 2.4%
• Other Non-OECD Asia ....,.....:.:., .6.02 .6.14 6.67 •. 7.64 8.35 9.08 9.86 2.0%

MiddI~’East° ...., ,: .............,....... 5.91 6.15 7:13 7.79 8.46 .9.18 9.84 2,0%
Africa 2.90 . 2.99 3.36’ 3.88 4.35 4.62 4.93 . 2.1%
Brazil 2.40 .2,34 2.57 2.87 3.15 3.42 3.68 . 1.9%

. Other Central and South America .3.17 3.26 351 . 4.05 ‘ 4.51 4.98 5.37 2.1%
Total Non~OECD 34.41 35.51 40.51 45.50 50.16 54.98 , 60.02 . 2.2%

Total Consumption . : 83.65 84.66 90.40 96.70 101.80 107.14 113.30~ . 1.2%

OPEC Production10 .34.31 34.90 36.40 39.26 40.87 42,91 46,16. 1.2%
Non-OPEC.ProdUction1° .~ .,, 4934 49.76 .54.00 5.7.44 60.94 64.23 67.15 1.3%
Net Eurasia Exports .‘ ‘: .‘ . . . ‘.9.15 9.63 . 1.1.37 12,91 13.98 14.86 15.43 2.0%
‘OPEC Market Share (percent) ~. . 41.0 41.2 . .40.3 40.6 40.1 40.0 , 40.7 -0,0%

1Welgfitud average prIce delivered to U.S.’retindrs. .

5lncludes production of crude of (including lease condensates), natural gas plant,Ilquido, other hydrogen and hydrocarbons for refinery feedstocks, alcohol and
other sources, and refinery gains. . . .. .‘ . ,

“OPEC = OrganIzatIon of Petroleum Exporting Countries Algeiia, Angola, IndonesIa, Iran, ‘Iraq, Kuwait, LIbya, Nigeria, Qatar Saudi Arabia, the United Arab
Emirates, end Venezuela. Does not include Ecuador, which was admitted to OPEC as a full member on November 17, 2007.

4OECD. Europa Orgunization for Economic Cooperafion and Development - Austria, Belgium, Czech Republic, Denmark,, FInland, France, Germany, Greece,
Hungary, Iceland, Ireland, Italy, Luxembourg, the Netherlands, Norway, Poland, Portugal, Slovakia, Spain, Sweden, Switzerland, Turkey, and’the United Kingdom.

~EurasIa consIsts 01 ArmenIa, Azerbailan, Belarua, Estonla, Georgia, Kazakhelan, Kyrgyzstan, Lalvia, Lithuania, Moldove, Russia, Ta)lklstan, Turkrnenistan,
Ukraine, end Uzb,elsiulan. , ‘ ‘ . “

‘Other Asia Afghanlslan, Bangladesh Bhulen, Brunol, Cambodia (Kampuchea), FIJI,, French Polynesia, Guam, Hong Kong, Indonesia, Klriball, Leos, Malaysia,
Macau, Maldives, Mongolia, Myanmar (Burma), Nauru, Nepal, New Caludorile, Niud, Norlh Korea, Pakistan, Pspua New Guinea, Philippines, Samoa, Singapore,
Solomon Istends, Sri Lanka,Taiwan, Thailand, ‘Tongs, Venualu, end Vietnam.

‘“Non-OPEC Middle East Includes Turkey. ‘ ‘ ‘ ‘ ‘ ‘ ‘

8lncludes liquIds produced from energy crops; natural gas, coal, ott sends, and shale, Includes both OPEC.and non-OPEC producers In the regional
breakdown. ‘ ‘ ‘ ‘ ‘

~IncIudes both OPEC and non.OPEO coneurriera in the reglonalbreskdowri. ‘ ‘

1°Includee both conventional and nonconventlonal liquids production.
- - = ‘Not applicable. . , ‘ ., ‘ ‘ ‘ ‘ ‘

Note: TOtals may not equal sum of components due to Independent rounding. Date for 2005 and 2006 are model results end may difler slightly from officIal EIA
data reports. ‘ ‘ ‘ ‘:

SourCea: 2005 and 2006 low sulfur light crude oil price: Energy Informellon Administration (EIA), Form EIA-856,’ “Monthly Foreign Crude Oil Acquisif ion
Report.’. 2005 and 2006 Imported crude oIl prIce: SIA, Annual Energy Review 2006, DOE/EIA-0384(2006) (Washington, DC, June 2007). 2005 quantIties derived
from: EIA, lnlernetional Energy Annual 2005, DOE)EIA-021 9(2005) (Washington; DC, June-October’2007). 2006 quantIties ~nd projectIons: EIA, AE02008
Nafionel Energy Modofng System run AEC2000.D030208F. ‘ ‘ ‘ ‘ ‘
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Appendix 13

Economic Growth Case Comparisons

12.76 12.77 13.38
2,27 2.29 2.26

19.85 20.13 19.50
2397 24.00 23.63

8.31 8.31 8.90
2.92 2.92 2.99
4.05 4.10 6.29
1.51 1.51 1.78
0.54 0.54 0.59

76.17 76.56 79.31

21.14 21.33 20.61
5.61 6.02 4.61
4.80 4.89 4.42
0.95 0.95 1.96

32.49 33.20 31.60

13.40 13.52 11.87
2.31 2.36 2.01

20.24 20.63 19.07
25.20 27.23 25.47

9.05 9.26 8.72
3.00 3.00 2.99
6.42 6.61 7.84
2.00 2.08 2.Oë
0.58 0.58 0.64

82.21 85.27 80.71

21.58 22.36 22.66
5.43 6.41 3.90
4.68 4.93 4.16
1.93 1.95 2.80

33.62 35.65 33.52

12.04 12.18
2.11 2.20

20.00 21.10
28.63 32.20
9.57 10.92
3.00 3.00
8.12 8.53
2.45 2.61
0.64 0.65

86.56 93.39

24.41 25.77
5.44 6.93
4.64 4.80
2.74 2.85

37.22 40.36

Exports
Petroleum7 ~ 2.60 2.83
Natural Gas 0.73 0.85
Coal 1.26 1.79

Total 4.59 5.47

DIscrepancy8 1.87 -0.10 -0.13 -0.17 0.17

40.46 41.12 40.15
23.93 24.31 22.99
23.03 23.06 24.48

8.31 8.31 8.90
2.92 2.92 2.99
3.01 3.06 4.35
1.51 1.5.1 1.78
0.18 0.18 0.17

Total 99.52 102.19 103.34 104.46 105.82 110.85 116.04 108.21 118.01 128.38
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Table Bi. Total Energy Supply and Disposition Summary
(Quadrililon Btu per Year, Unless Otherwise Noted)

ProjectIons
2010 2020 2030

Supply DIsposition, and Prices 2006 Low High Low High Low High

EconomIc Reference Economic Economic Reference Economic Economic Reference Economic
Growth Growth Growth Growth Growth Growth

Production
Crude Oil and Lease Condensate 10.80 12.75
Natural Gas Plant Liquids 2.36 2.26
Dry Natural Gas 19.04 19.53
Coal7 23.79 23.95
Nuclear Power 8.21 8.31
Hydropower 2.89 2.92
Bioniass2 2.94 4.02
Other Renewable Energy3 0.88 1.46
Other4 0.50 0.53

Total 71.41 75.71

Imports
Crude Oil 22.08 20.76
Liquid Fuels and Other Petroleuni~ 7.21 5.44
Natural Gas 4.29 4.70
Other importse 0.98 0.94

Total 34.57 31.84

2.82 2.84 . 3.00
0.84 0.84 1.05
1.79 1.79 0.88
5.45 5.47 4,93

2.98 3.00 3.42
1.02 1.00 1.43
0.87 0.86 0.88
4.87 4.86 5.73

0.12 0.02 0.29

Consumption
Liquid Fuels and Other Petrol~um5 40.06 39.85
Natural Gas 22.30 23.51
Coal’° 22.50 23.00
Nuclear Power 8.21 8.31
Hydropower 2.89 2.92
Biomass~ .........................., 2.50 2.97
Other Renewable Energy3 .....,.....,,., 0.88 1.46
Other12 ..,........,.,,,,,.,,.,,..,,,.. 0.19 0.18

3.33 3.11
1.36 1.30
0.88 0.88
5.56 5.29

0.21 0.07

42.24 44.43 40.08
24.01 24.68 21.91
25.87 27,74 27,00

9.05 9.26 8.72
3.00 3.00 2.99
4.50 4.69 5.23
2.00 2.08 2.09
0.17 0.17 0.18

43.99 48.01
23.39 24.71
29.90 32.99

9.57 10.92
3.00 3.00
5.51 5.94
2.45 2.61
0.20 0.20



Economic Growth Case Comparisons

Table Bi. Total Energy Supply and Disposition Summary (Continued)
. (Quadrillion Btu per Year, Unless Otherwise Noted)

V Projections

2010 2020 2030
~ Supply, Olaposition, and Prices 2006 Low High Low High Low High

• Economic Reference Economic Economic Reference Economic Economic Reference Economic
. Growth Growth Growth Growth Growth Growth

Prices (2006 dollars per unit) V V V V

Petroleum (dollars per barrel)
Imported LowSuifur Light Crude Oil Price 66.02 73.52 74.03 74.56 58.73 59.70 60,62 68.43 70.45 72.15
lmported Crude Oil Price’5 59.05 64.48 8518 66.21 50.37 51.55 52,42 55.52 58.66 62.27

Natural Gas (dollars per million Btu) V V V

Price at Henry Hub ‘‘‘‘‘‘‘‘‘‘‘‘V’’’ 6.73 6.69 6.90 7.11 5.72 V 595 5.93 6,84 7.22 V 7.61
Welihead Price’4 V VV~4 5.96 6.16 6.35 5,08 5.29 5.27 V 6.10 6.45 6.80

Natural Gas (dollars per thousand cubip feet) V V V V V V V

Wethead Price14 ,,,,, 6.42 6.13 6.33 6.53 5.22 5.44 5.43 6.27 6.63 7.00
Coal (dollars per tOVfl) V V V V

Minemouth Price16 24.63 26.02 26.16 26.33 22.24 22.51 23.16 22.15 23.32 24.09
Coal (dollars per million Btu) V

MineVmoufh Price’5 ...,...., 121 1.27 1.28 1~29 1.12 1.14 1.18 1.13 1.19 1,24
Average Delivered Pric&° 1.78 1.92 1.93 1.94 1.74 1.77 1.81 1.76 1.82 1.87

Average Electricity Price•
(cents per kilowatthour) 8.9 9.1 V V9,2 9.3 8.3 8.6 8.7 8.6 8.8 V 9.1

‘Inoludes waste coal. V V V V V V V V V V
Vstnciudea grid-conneoyed electricity from woodand waste; blomass, such as corn, used for liquid fuels production; and non-electric energy demand from wood. Refer to

Table A17 for details. V VV V •V V ‘V V V V

‘Includes grid-connected electricliy from tandf ill gas; blogenic municipal waste; wind; photovollaic and solar thermal sources; and non-electric energy•fromVrenewable
sources, sueh as active and passive solar systems, Excludes electricity imports using renewable sources and nonmarketed renewable energy. See Table A17 for selected

V nonmarketod residential and commercial renewable energy.. V V VV V V V
V4lflciudes non-btogenlo munIcipal waste, liquid hydrogen, methanol, and some domestic Inputs .to refineries.
9~~~es imports of finished petroleum products, unfinished oils, alcohols ethers blending components, end renewable fuels such as othanoi.

V °lnbiudea cost, coal coke (net), end electricity (nat). V V V V V V V
7lnoludes crude eli and petroleum products. V V V V V V V

V V 6Baiancing Item. Includes unaccounted for supply tossos, gains, and net storage withdrawals. V V V V V

‘Includes petroleum-derived fuels and non-petroleum derived fuels, auchVan ethanol and biodlesel. Petroleum coke, which is a solid, Is included, Also Included are natural
gas plant liquids, crude oil consumod as a fuel, Vend liquid hydrogen. Refer to TableVAl7 for detailed renewable liquid fuels consumption. V V V

‘°Excludes coal converted to coal-based synlhetic liquids, VV V

11includes grid-connected electricity from wood end wood waste, non-electric energy from wood, and blofueis heat end eoprcctuols used In the production of liquid fuels, but
excludes the energy content of the liquid fuela, V V V V

15includes nen-blogerlic munlolpat waste and net electricity imports, V

“Weighted average price delivered to U.S. refiners, V V V

“Represents lower 48 onshore and ofishoro supplies. V V

15tncludes reported prices for both open market and eaptive mines, V V V V

“Prices weighted by consumption; weighted average excludes residential and codimercial prices, end export tree-alongside-ship (f.a.s.) pricea.
Btu British thermal unit. V V V
- - = Net applicable. V V

Note: Totals may not eVquel sum of components due to Independenl rounding. Data tsr 2006 are modal resulls end may difter slightly from official EIA data reports.
Sources: 2006 natural gas supply values and natural gas wsilhead price: EIA, Natural Gas Monthly, DOE/EIA-0130(2007/04) (Washinglon,DC, April 2007). 2006 coal

minemouth sOd deiivered coal prices: EIA, Annual Coal Report 2006, D0EIEIA-0584(2006) (Washinglon, DC, November 2007). 2006 petroleum supply values: 614,
petroleum Supply Annual 2006, DOE/EIA-o340(2006)/1 (Washington, DC, September 2007). 2006 low suitar light orude oil price: BiA, Form EiA-e56, “Monthly Foreign Crude
OH Acqqlsltion Report.” Other 2006 coal values: Quarterly Coal Report, October-December 2006, DOE/EIA-01 21 (2006!4Q> (Washington, DC, March 2007). Other 2006
values: EIA, Annual Energy Review 2006, tJOB/EIA-0384(2006) (Washington, DC, June 2007). ProjectIons: EtA, 4802008 National Energy Modeling System runs
LM2008.D031 605A, AEO2008DO3O206F, arid HM200s,0031 6084.
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Table B2. Energy Consumption by Sector and Source
(Quadrillion Btu per Year, Unless Otherwise Noted)

Projections
2010 2020 2030

Sector and Source. 2006 Low High Low High Low High

Economic Reference Econemlc Economic Reference Economic Economic Reference Economic
Growth Growth Growth Growth Growth Growth
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Energy Consumption

0.53
0.09
0.73
1.35
5.44
0.01
0.41
5.41

12.63
11.36
23.99

0.52
0.08
0.65
1.26
5.07
0.01
0.36
5.52

12.23
11.54
23.77

0.55
0.08
0.65
1.29
5.32
0.01
0.38
5.88

12.88
12.14
25.01

Residential
Liquefied Petroleum Gases 0,47 0.48 0.48 0.48 0.51 0.52 0.58
Kerosene .....,...,,,,,,,,,,,,,,,,,, 0.07 0.08 0.08 0.08 0.08 0,08 0.09
Distillate Fuel OIl 0,70 0.76 0.75 0.75 0.73 0.73 0.65
Liquid Fuels and Other Petroleum Subtotal 1.25 1.31 1.31 1.32 1.32 1.33 1.32

Natural Gas 4.50 4.94 4.95 4.96 5.18 5.30 5.57
Coal 0.01 0.01 0.01 0.01 0.01 0.01 0,01
Renewable Energy1 0.41 0.44 0.44 0.44 0.40 0.40 0.39
Electricity 4.61 4.93 4.95 4.97 5.10 5.25 6.22
Delivered Energy 10.77 11.63 11.66 11.69 12.01 12.30 13.52

Electricity Related Losses 10.04 10.58 10.59 10.60 10.81 11.08 12.74
Total 20.82 22.22 22.25 22.29 22.82 23.39 26.25

Commercial
Liquefied Petroleum Gases 0~08 0.09 0.09 0.09 0.09 0.09 0.09 0.09 0.09 0.10
Motor Gasoline1 0.05 0.05 0.05 0.05 0.05 0.05 0.05 0.05 0.05 0.05
Kerosene 0.02 0.02 0.02 0.02 0.02 0.02 0.02 0.02 0.02 0.02
DIstillate Fuel Cli ,.,..,,,,,,,,,,,,,,,,, 0.42 0.38 0.38 0.38 0.41 0.41 0.42 0.40 0.41 0.42
Residual FueJ 00 0.11 0.10 0.10 0.10 0.10 0.10 0.10 0.10 0.10 0.10
Liquid”Fueisánd Other Petroleum Subtotal 0.68 0.63 0.63 0.63 0.67 0.68 0.69 0.67 0.68 0,70

NaturalGas 2.92 3.02 3.04 3.06 334 3.47 3.60 3.54 3.78 4.03
Coal ,~ ....:..,..,,..,,..,,...,...,, 0.08 0.08 0.08 0.08 0.08 0.08 0.08 0.08 0.08 0.08
Renewable Energy3 ...........,.,...,., 0.13 0.13 0.13 0.13 0.13 0.13 0.13 0.13 0.13 0.13
Elootridlty ..........................., 4.43 4.69 4.73 4.75 5.49 5.67 5.84 6.24 6.62 7.01
DeilveredEnergy 8.25 8.56 8.62 8.65 9.71 10.03 10.34 10.66 11.30 11.95

Electricity Related Losses 9.66 10.07 10.12 10.14 11.63 11.96 12.26 13.04 13.68 14.34
Total 17.91 18.63 18.74 18.80 21.34 21.98 22.60 23.70 24.98 26.29

industrial4
Liquefied Petroleum Gases 2,09 2.07 2.12 2.18 1.65 1.83 2.04 1.40 1.71 2.05
Motor Gasoline2 0.38 0.36 0.38 0.39 0.34 0.37 0.41 0.33 0.38 0.43
Distillate Fuel Oil 1.28 1.24 1.29 1.34 1.12 1.23 1.34 1.07 1.23 1.40
Residual Fuel Oil 0.28 0.27 0.28 0.29 0.22 0.23 0.24 0.20 0.23 0.25
Petrochemical Feedstooks ......., 1.41 1.32 1.36 1.41 1.22 1.39 1.57 1.01 1.29 1.60
Other Petroleum5 ,,.,,.,,,,,,,,.,,,,,,, 4.48 4.11 4.25 4,38 3.99 4.22 4.48 4.02 4.41 4.79

Liquid Fuels and Other Petroleum Subtotal 9.92 9.38 9.67 9.98 8.53 9.27 10.07 8.03 9.25 10.53
Natural Gas 6.68 7.03 7.16 7.24 6.67 7.14 7.60 6.14 7.08 7.94
Naturai-Gas.to’Liquids Heat and Power .. 0.00 0.00 0.00 0.00 0.00. 0.00 0.00 0.00 0.00 0.00
Lease and Plant Fuel6 1.17 1.20 1.21 1.22 1.22 1.25 1.27 1.23 1.27 1.32

Natural Gas Subtotal 7.85 8.23 8.37 8.47 7.89 8.39 8.87 7.37 8.35 9.26
Metailurgical Coal 0.60 0.59 0.60 0.61 0.49 0.54 0.58 0.39 0.48 0.57
Other industrial Coal 1.26 1.29 1.31 1.32 1.15 1.20 1.24 1.10 1.18 1.25
Coal-to-Liquids Heat and Power 0.00 0.00 0.00 0.00 0.15 0.34 0.58 0.34 0.55 1.27
Net Coal Coke Imports 0.06 0.03 0.03 0.03 0.03 0.04 0.04 0.02 0.04 0.06

Coal Subtotal 1.92 1.91 1.93 1.96 1.82 2.11 2.45 1.84 2.26 3.15
Biofuels Heat and Coproducts 0.30 0.68 0.67 0.67 1.50 1.49 1.49 2.34 2.31 2.29
Renewable Energy7 1.69 1.62 1.66 1.71 1.70 1.83 1.98 1.71 2.02 2.33
Electricity 3.42 3.44 3.50 3.57 3.32 3.59 3.87 2.94 3.52 4.10
Delivered Energy 25.10 25.26 25.82 26.36 24.75 26.70 28.73 24.23 27.70 31.67

Electricity Related Losses 7.45 7.38 7.50 7.62 7.03 7.57 8.13 6.14 7.28 8.39
Total 32.55 32.64 33.32 33.98 31.78 34.27 36.86 30.37 34.98 40.06



Economic Growth Case Comparisons

Table62. Energy Consumption by Sector and Source (Continued)
~ (Quadrililon Btu per Year, Unless Otherwise Noted)

V Projections
• V V V 2010 V 2020 2030

Sector and Source V V 2006 Low High Low V High Low High
. V V Economic Reference Economic Economic Reference Economic Economic Reference Economic

• V V Growth Growth Growth Growth VGrowth Growth

Transportation
Liquefied Petroleum Gases 0.02 0.02 0;02 0,02 0,01 0.01 0.01 0,01 0.01 0.02
E85e 0.00 0.00 0.00 0.00 1.07 0.97 0.95 1.53 1.34 1.26
Motor Gasoline3 V~ 17.20 17.13 17.25 17.40 15.81 16.56 17.32 14.66 15.ë7 V 17.34
Jet Fuele 3.16 3.41 3.44 3.47 4,10 4.15 V 4,13 4.62 4.79 4.83

V Distillate Fuel 0111e 6,18 638 654 6.72 7.05 7.63 8.26 7.67 8,98 . 10.30

Residual Fuel Cli 0.83 0,85 0.85 0.86 0.85 0.86 V 0.87 0.86 0,87 0.88
Liquid Hydrogen V 0,00 .0.00 0.00 0,00 0,00: 0.00 0.00 0.00 0.00 0.00
Other Petroleum1 0.18 V• 0.17 . 0.17 0.17 . 0,17 0.16 . 0.18 0.18 0.18 0.19

Liquid Fuels and Other Petroleum Subtotal 27.57 27,97 .28,29 . 28,63 . 29.06 30.37 31.72 29.53 32.15 34.82
Pipeline VFuei Natural Gas 0.59 0.63 0.64 0.65 0.66 0.69 0.71 0.68 0.72 0.76
Compressed Natural Gas V,,,,,•,,,~,,,,, 0.02 0.03 0.04 0.04 0.06 0,07 .0.08 0.07 0.08 . 0.10
Electricity 0.02 0.02 0,02 .0,02 V 0.03 0.03 0.03 . 0.03 0.03 0,03
Delivered Energy 28.20 V 28.66 28.98 29.34 29.81 31.15 32.53 30.31 32.98 35.71

Electricity Related Losses 0.05 V 0.05 0.05 0.05 0~06 0.06 0.06 0.06 0.06 . 0.06
Total 28.25 28.70 . 29.03 29;39 29.87 31.21 32.59 30.38 33.04 35.77

Delivered Energy Consumption for All
Sectors V

Liquefied Petroleum Gases 2.65 . 2.65 V 2.70 2.76 2.26 2.45 2.68 2.03 , ?.37 2.75
E85e 0.00 0,00 0.00 0,00 1.07 . 0.97 0.95 1.53 V 1.34 1.26
Motor Gasoline2 17.62 1.7.54 17.68 17,84 16.20 16.99 V 17.78 15.04 16.40 17.83
Jet Fuel9 3,16 . .3.41 3.44 3.47 4W 415 4.13 4.62 4.79 . 4.83
Kerosene ,.,,,,,,,,,,,,.,~,.,.,.,, 0.11 0.12 012 0.12 .0.12 0.13 0.13 0.12 0.13 0.13
Distillate Fuel 00 . ,~ V 8.59 8,76 8.97 919 . . 9.31 V V 10.00. 10,74 9.80 . 41.28 12.77
Residual Fuel Oil 123 122 1.23’ V :124 VV 1.17 1.19 1.21 1.15 1.20 1.24
Petrochemicai Feedstocks ......,.,.,,,,,V1 ,41 .1.32 1.36 1.41 . 1,22 1.39 . 1.57 V 1.01 1.29 1.60
Liquid Hydrogen 0.00 ~ 000 0,00 ~ 0.00 000 V V 0.00 0.00 0.00

V OtherPetroleum” 464 4.27 4.40 .4.54 4.14 4.38 4.64. 4.18 4.56 4.96
Liquid Fuels andOther Petroleum Subtotai 39.41 39.30 39,90 40.56 39.58 41.65 43.83 V ~ ~ 47,37

Natural Gas .,,,,..,,..,.....: 14.12 15.03 15.19 15.30 15.25 15,98 16.72 14,82 16.27 17.64
Natural-Gas~to~Llqulds Heat and Power 0.00 0,00 0.00 0.00 0.00 0.00 0,00 0.00 0.00 V 0.00
Lease andVPiant Fuel6 .,,,,V,.,,,,,.,,.,,l,17 1.20 1.21 1.22 1.22 1.25 1.27 1.23 1.27 1.32
Pipeline Natural Gas 0.59 0.63 0.64 0.65 0.66 0.69 . 0.71 0.68 0.72 0.76

Natural Gas Subtotal 15.88 16.86 17.04 17.17 17.13 17.93 18.70 16.73 18.26 19.73
Metallurgical Coal 0.60 0.59 0.60 0.61 0.49 0.54 0:58 0.39 0.48 0.57
OtherCoal 1.35 1.38 1.40 1.41 1.24 1.29 1.33 1.19 V 1.27 1.34
Coal~to-Llquids Heat and Power 0.00 0.00 0.00 0,00 0.15 0.34 0.58 0.34 0.55 1.27
Net Coal Coke Imports 0,06 0.03 .. 0.03 0.03 0.03 0.04 0.04 0.02 0.04 0.06

Coal Subtotal ,.,,,,..,,,.........,, 2.02 .2.00 2.03 2.05 1.92 2.21 2.54 1,93 2.35 3.25
Biofuels Heat and Coproducts 0.30 .0.68 0.67 0.67 1.50 1.49 1.49 2.34 2.31 2.29
Renewable Energy” 2,23 2.19 2.23 2.28 2.22 2.37 2,52 2.21 2.52 . 2.85
Electricity 12.49 13.08 13.20 13.31 .13.93 14.54 15.16 14.74 V 1.05 17.36
Delivered Energy 72.32 74.10 75.08 76.05 76.28 80.18 84.23 77.43 84.86. 92.85

Electricity Related Losses ..,, 27.19 28.08 28.26 2841 29.54 30.67 31.81 30.78. 33.16 35.54
Total 99.52 102.19 103.34 104.46 105.82 110.85 116.04 108.21 . 118.01 128.38

V Electric Power” V V

Distillate Fuel Oil 0.18 . 0.18 0.18 0.18 0.18 . 0.20 0.21 0.20 0.23 0.24
Residual Fuel Oil 0.46 . 0.38 0.38 0.38 0.38 0,39 0.39 0.39 0.40 0.41
Liquid Fuels and Other Petroleum Subtotal 0.64 0.55 0.56 . 0,56 . 0.56 0.59 0.60 0.59 0.63 0.64

Natural Gas 6.42 6.64 6,89 7.14 586 6.09 .5.97 5.18 5.13 4.99
V Steam Coal 20.48 21.00 21.01 21.01 22.57 23.67 25.20 25.07 27.55 29.75

Nuclear Power 8.21 8.31 8.31 8.31 8.90 9.05 926 8.72 9.57 10.92
Renewable Energy” 3.74 4.48 4.53 4.52 5.41 5.64 5.75 5.77 6,13 6.40
Electricity imports .................., 0.06 0.05 0.05 0.05 0.04 0.04 0.04 0.05 0.08 0.07
Total” 39.68 41.16 41.46 41.72 43.47 45.21 46.96 45.52 49.21 52.90
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Table B2. Energy Consumption by Sector and Source (Continued)
(Quadrillion Btu per Year, Unless Otherwise Noted)

Projections

2010 2020 2030
Sector and Source 2006 Low High Low High Low High

Economic Reference Economic Economic Reference Economic Economic Reference Economic
Growth Growth Growth Growth Growth Growth

Total Energy ConBumptlon
Liquefied Petroieum Gases 2.65
E85’ 0.00
Motor Gasoiine° 17.62
Jet Fuel° 3.16
Kerosene 0.11
Distillate Fuel Oh 8.77
Residuai Fuei Oil 1.69
Petrochemicai Feedstocks 1.41
Liquid Hydrogen 0.00
Other Petroieun,~ 4.64

Liquid Fueis and Other Petroleum Subtotai 40.06
Naturai Gas 20.54
Naturai-Gas-to-Uquids Heat and Power 0.00
Lease and Piant Fuel’ 1.17
Pipeline Natural Gas 0.59
Naturai Gas Subtotai 22.30

Metaliurgical Coal 0.60
Other Coai 21.83
Coai-to-Liquids Heat and Power 0.00
Net Coal Coke imports 0.08
Coai Subtotal 22.50

Nuciear Power 8.21
Blot ueis H~at and Coproducts 0.30
Renewabl&Energy’7 5.97
Electricity imports 0.06

2.65 2.70 2.76 2.26 2.45 2.68 2.03 2.37 2.75
0.00 0.00 0.00 1,07 0.97 0.95 1.53 1.34 1.26

17.54 17.68 17.84 16.20 16.99 17.78 15.04 16.40 17.83
3.41 3.44 3.47 4.10 4.15 4.13 4.62 4.79 4.83
0.12 0.12 0.12 0.12 0.13 0.13 0.12 0.13 0.13
8.94 9.15 9.37 9,49 10.20 10.96 10.01 11.51 13.01
1.60 1.60 1.62 1.55 1.58 1.60 1.54 1.60 1.65
1.32 1.36 1.41 1.22 1.39 1.57 1.01 1.29 1.60
0.00 0.00 0.00 0.00 0.00 0.00 0.00 0.00 0.00
4.27 4.40 4.54 4.14 4.38 4.64 4.18 4.56 4.96

39.85 40.46 41.12 40.15 42.24 44.43 40.08 43.99 48.01
21.68 22.08 22.44 21.10 22.07 22.70 20.00 21.40 22.63
0.00 0.00 0.00 0.00 0.00 0.00 0.00 0.00 0.00
1.20 1.21 1.22 1.22 1.25 1.27 1.23 1.27 1.32
0.63 0.64 0.65 0.66 0.69 0.71 0.68 0.72 0.76

23.51 23.93 24.31 22.99 24.01 24.68 21.91 23.39 24.71
0.59 0.60 0.61 0.49 0.54 0.58 0.39 0.48 0.57

22.38 22.41 22.42 23.81 24.96 26.53 26.26 28.82 31.09
0.00 0.00 0.00 0.15 0.34 0.58 0.34 0.55 1.27
0.03 0.03 0.03 0.03 0.04 0.04 0.02 0.04 0.06

23.00 23.03 23.06 24.48 25.87 27.74 27.00 29.90 32.99
8.31 8.31 8.31 8.90 9.05 9.26 8.72 9.57 10.92
0.68 0.67 0.67 1.50 1.49 1.49 2.34 2.31 2.29
6.67 6,76 6.81 7.63 8.01 8.27 7.98 8.66 9.25
0.05 0.05 0.05 0.04 0.04 0.04 0.05 0.08 0.07

Total 99.52 102.19 103.34 104.46 105.82 110.85 116.04 108.21 118.01 128.38

Energy Use and Related Statistics
Delivered Energy Use 72.32 74.10 75.08 76.05 76.28 80.18 84.23 77.43 84.86 92.85
Total Energy Use 99.52 102.19 103.34 104.46 105.82 110.85 116.04 108.21 118.01 128.38
Ethanol Consumed in Motor Gasoline and E85 0.47 1.04 1.05 1.05 1.82 1.82 1.82 2.04 2.01 2.01
Population (miiiions) 300.13 309.46 310.85 312.64 325.45 337.74 351.32 336.65 365.59 396.34
Gross Domestic Product (bililon 2000 doliars) 11319 12110 12453 12797 14743 15984 17239 17429 20219 23002
Carbon Dioxide Emissions (million metric tons) 5890.3 5953.4 6010.6 6068.7 6076.9 6384.1 6720.8 6263.6 6851.0 7452.0

‘Includes wood used for residential healing. See Table A4 and/or Table Al 7 br estImates of nonmarketed renewable energy consumption for geothermal heal pumps, solar
thermal hot waler heating, and solar photovoltalo electricity generation,

‘includes ethanol (blends ot 10 percent or lass) and ethers blended Into gasoline.
‘Excludes ethanol, includes commercial sector consumption 01 wood and wood waste, landfill gas, municIpal waste, and other biomass for combined heat and power. See

Table A5 and/or Table A17 for estimates of nonmarketed renewable energy consumption for solar thermal hot Water heating and solar photovoltaic electricity general on.
4lnoludes energy for combined heat and power plants, except those whose primary business Is to sell electricIty, or electricity and heat, to the publIc.
‘includes petroleum coke, asphalt, road oil, lubricants, still gas, and mIscellaneous petroleum products.
‘Represents natural gas used In well, field, and lease operations, and in natural gas processing plant machinery.
7lncludes consumptIon of energy produced from hydroelectrIc, wood and wood waste, municipal waste, and other blomass sources. Excludes ethanol blends ilO percent or

less) in motor gasoline.
585 refers to a blond of 85 percent ethanol (renewable) and 15 percent motor gasoline (nonrenewable). To address cold startIng issues, the percentage of ethanol varies

seasonally. The annual average ethanol content ol 74 percent is used for this forecast.
‘Includes only kerosene type.
“DIesel luei for on- and off- road use.
“Includes aviation gasoline and lubricants.
“Includes unfinIshed oIls, natural gasoline, motor gasoline blending components, aviation gasoline, lubricants, still gas, asphalt, road oil, petroleum coke, end mIscellaneous

petroleum products.
“Includes electricity generated for sale to the grid end for own use from renewable sources, and non-electric energy from renewable sources. Excludes ethanol and

nonmarketed renewable energy consumption for geothermal heat pumps, buildIngs photovoltalc systems, and solar thermal hot water heaters.
“Includes consumption of energy by electricIty-only and combined heat and power plants whose primary business Is to sell electricity, or electricity and heat, to the public.

includes small power producers and exempt wholesale generators.
“Includes conventional hydroelectric, geothermal, wood and wood waste, blogenic municIpal Waste, other blomsss, petroleum coke, wind, photovoilaic and solar ihermst

sources. Excludes net electricIty imports.
“Includes non-blogenlc munIcIpal waste not incluaed above.
“Includes conventional hydroelectric, geothermal, wood and wood waste, biogenic munIcipal waste, other blomass, wind, photovoltaic and solar thermal sources. Excludes

ethanol, net electricIty Imports, and nonmarketed renewable energy consumption for geothermal heat pumps, buildings photovoitaic systems, and solar thermal hot water
heaters.

Btu British thermal unit.
- - Not applicable.
Note: Totals may not equal sum of components due to independent roundIng. Data for 2008 are model results and may difler slightly from otticlal EIA data reports.

Consumption values of 0,00 are values that round too.00, because they are less than 0.005.
Sources: 2006 consumption based on: Energy Information AdmInistration (EIA), Annual Energy Review 2006, DOE/EIA.o384(2006) (Washington, Dc, June 2007). 2006

population and gross domestic product: Global Insight, Global InsIght Industry and Employment models, July 2007, 2006 carbon dioxide emissions: EIA, Emissions of
Greenhouse Gases in the United States 2006, DOE/EIA-0573(2006) (Washington, DC, November 2007). Projoatlone: EtA, AE02008 National Energy Modeling System runs
LM200S.D031 508A, AEO200B.D030208F, and HM200S.D031 608A.
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Economic Growth Case Comparisons

Table B3. Energy Prices by. Sector and Source .

(2006 Dollars per Million Btu, Unless Otherwise Noted)~ .

. . Projections
. . . . 2010 . 2020 2030

.. Sector and Source 2008 Low High Low . High L.ow High
. . . . Economic Reference Economic Economic Reference Economic Economic Reference Economic

. Growth. Growth Growth . Growth Growth Growth

Residential
Liquefied Petroleum Gases 23.08 25.00 25.21 25,41 23.99 24.23 24.25 . 25.03 25.43 25.85
Distillate Fuel Oil 17.94 16.74 17.21 17.48 13.96 14.27 14.71 15.20 16.27 17.12
Natural Gas 13.40 11.95 12,15 12,36 11,14 11.39 11,44 12.47 12.91 13.36
Electricity 30.52 30,99 .31.37 31.75 29.19 30.20 30.75 29.59 30.63 31.72

Commercial
Distillate Fuel Oil 1459 14.78 15.24 15.51 12.88 13.24 . 13.81 13.96 .15.00 16.08
Residual Fuel Oil 8.60 .9.95 1.0.06 10.17 7.73 7.95 8.11 8.52 9.22 9.80
Natural Gas 11.50 10.41 10.59 1Q79 972 9.91 .9.89 11.13 11.43 11.75
Electricity 27.75 .27.46 27.89 28.32 24.63 25.64 26.14 25.22 26.17 27.20

lnd,istrial1 . . . . V

Liquefied Petroleum Gases 19.71 17.58 17.74 17.93 16.65 16.79 16.71 17.60 .. 17.79 18.16
Distillate Fuel Oil 15.33 15.27 15.72 15.99 14.21 14.62 15.23 15.21. 16.26 17.47
Residual Fuel Oil 9.06 10.51 10,86 11~i0 .7.96 8.29 8.65 8.84 9.62 10.61
Natural Gas2 7.66 7.02 7.21 . 7,41 6.00 6.21 6.20 6.95 7.29 7.65
Metallurgical Coal 354 4.06 4.07 4.09 3.38 3.42 3.45 3,54 3.60 3.67
Other Industrial Coal~;.,,,.,,,.....,,,., 2.34 2.41 2.4? 2.43 . 2.24 2.28 2.34 2,26 2.33 2.41
Coal to Liquids - - . - - . -. - - 0.94 1.09 .1.27 1,20 1.30 1.39
Electricity~ 17.97 18.88 19.21 19.56 16.49 17.27 17.59 16.93 17.63 18.24

Transportation .

Liquefied Petroleum Gases3 21.72 25.82 .26.03 26.24 24,70 24,94 24.95 25.64 26.03 26.44
E854 24.81 ~22,26 23.58 23.84 .18,66 •1815 1983 18.85 .~ 19.62 .21.43
MotorGasoline6 .,.........,........, 21.19 20.80 21.23 21.47 .18.98 19.64 19.96 19.29 20.37 21.58
Jet Fuel6 .,.....,,,..,.,,,.,...,...,.,...14.83 .15.33 15.77 16.03 . 13,02 13.27 13.54 14.37 15.37 .16.36
Distillate Fuel Oil7 19.72 19.21 . 19.68 19.96 17.74 18.26 19.03 18,43 19.59 21.01
Residual Fuel Oil 7,89 10.22 10.53 10.81 830 8.69 9.04 . 9.55 10.39 11.21
Natural Gas8 14.28 13.37 13.60 13.83 11.79 12.15 12.32 12.27 12.83 . 13.45
EieOtricity 29.73 30.39 30.95 31.46 27~97 29,05 29.40 28.89 2965 30.46

Electric Power8 .

Distillalo Fuel Oil 13.35 13.16 13.62 13,91 10.37 .10.69 11.16 11.66 .12.71 13.54
Residual Fuel Oil ~ 8.17 . 9.18 9.45 9.70 . 7.14 7.50 7.83 8.25 9.04 . 9.90
Natural Gas .,,,,,,,,,..,..,....,..,..,, 6.87 6.76 6.96 7.17 573 595 5.93 6.64 6.93 7.27
Steam Coal~ 1.69 1.83 1.84 1.84 .69 1.72 1.76 1.72 1.78 1.85

Average Price to All Users’°
Liquefied Petroleum Gases ...., 20.35 19.13 19,27 19.44 ~18.53 18.59 18.42 19.77 19.82. 20.01
E854 24.81 22.26 . 23.58 23.84 18.66 18.15 19.83 . 18.85 19.62 21.43
MotorGasollne5 21.06 20.79 21.23 21.47 18.98 19.64 19.96 . 19.29 2037 21.57
Jet Fuel 14.83 1533 15.77 16.03 . 13,02 13.27 13.54 14.37 15.37 16.36
Distillate Fuel Oil 18.56 18.00 18.48 18.77 16.69 17.20 17.92 17.55 18.74 20.15
Residual Fuel Oil 8.21 10.01 10.31 10.57 793 8.29 8,62 9.06 9.87 10.71
Natural Gas ....,....., 9.22 8.72 8.89 7.80 7.98 7.99 9.03 . 9.36 9.73
Metallurgical Coal ...,................, 3.54 4.06 4.07 4.09 3.38 3,42 3,45 3,54 3.60 3.67
OtherCoal 1.73 1.87 1.88 1.88 1.72 1.75 1.79 1.74 1.81 1,87
Coal to Liquids - - - - - - - - 0.94 1.09 1.27. 1.20 1.30 1.39
Electricity 26.10 26.54 26.90 27.25 24.37 25.23 . 25.61 25.21 25.93 26.71
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Economic Growth Case Comparisons

Table B3. Energy Prices by Sector and Source (Continued)
(2006 Dollars per Million Btu, Unless Otherwise Noted)

Projedilons

2010 2020 2030
Sector and Source 2006 Low High Low High Low High

Economic Reference Economic Economic Reference Economic Economic Reference Economic
Growth Growth Growth Growth Growth Growth

Non~Renewable Energy Expenditures by
Sector (bIllion 2006 dollars)

Residentiai 225.38 237,66 241.71 245.66 230.03 243.22 253.57 250.85 274.70 299,44
Commerciai 166.54 170.25 174.38 177.99 176.99 18937 198.43 206.78 227.37 249.73
industrial 205.11 214.18 224.65 235.03 170.98 193.16 213.17 161.83 203.93 249.45
Transportation 542.63 542.10 560.74 574.98 488.82 530.80 570.19 502.22 587.86 684,41

Total Non-Renewabie Expenditures 1139.66 1164.20 1201.48 1233.66 1066.82 1156.54 1235.36 1121.67 1293.86 1483.04
Transportation Renewabie Expenditures.... 0.03 0.07 0,06 0.07 19.95 1764 18,92 28.91 28.35 26.92
Total Expenditures 1139.70 1164.27 1201.54 1233.72 1086.77 1174.18 1264.28 1150.68 1320.22 1509.95

1lnciudes energy for combined heat and power plants, except those whose primary business is to sell electricity, or electricity and heat, to the public.
2Exxluctes use for lease a~d plant fuel,
3inctudes Federal and State taxes whIle excluding county and local taxes.
~E85 raters to a blend of 85 percent ethanol (renewable> and 15 percent motor gasoline (nonrenewable). To address cold starling issues, the percentage of olhanol varies

seasonally. The annual average ethanol content of 74 percent Is used for thIs forecast.
~SaIos weIghted-average price for all grades, Includes Federal, State and local taxes.
~Kerosens-typo )et fuel. Includes Federal and State faxes while excluding county and local taxes.
1DleseI toot for on-road use. Includes Fsdarai and Stats taxes while excluding county end local taxes.
BCompressed natural gsa used as a vehicle fuel. Includes estimated motor vehicle fuel taxes and estImated dispensing costs or charges.
5lncludes electricity-only and combined heat and power plants whose primary busineas Is to sell electricity, or electricity and heat, to the public.
t0Weighled averages of end-use tuel prices are derived from the prices shown in each sector and the corresponding sectoral consumption.
Btu = British thermal unit.
- - = Not applicable.
Note: tJata for 2006 are model results and may differ slightly from official EtA data reports.
Sources: 2006 prices for motor gasoline, distillate fuel oil, and iat fuel are based on prices In the Energy Information Administration (EtA), Petroleum Marketing Annual

2006, DOE/EIA-0487(2006) (Washington, DC, August 2007). 2006 residential and commarcial natural gas delivered prices: EtA, Natural Gas Monthly, DOE/EtA-
0130(2007/04) (Washington, DC, April 2007>. 2006 Industrial natural gas delivered prices sre estimated based on: EIA, Manufacturing Energy Consumption SufvOy 1994 and
Industrial and wdtlhead prices from the Natoral Gas Annual 2005, DOEIEIA-0131 (2005) (Washington, DC, November 2006) and the Natural Gas Monthly, DOE!EIA
0130(2007/04) (Washington, DC, April 2007), 2006 transportation sector natural gas delivered prices are model results. 2006 electrIc power sector natural gas prices: EIA,
Electric Por~.’er Monthly, DOEIEIA-0226, May 2006 through April 2007. 2006 coal prices based on: EIA, Quarterly Coal Report. October-December 2006, DOE/EIA
0121(2006/40) (Washington, DC, March 2007) and EtA, A502008 National Energy Modeling System run AEO200B.D0302c8F. 2006 electricIty prices: EIA, Annual Energy
RevIew 2006, DOE/GlA-0384(2006) (Washington, DC, Juno 2007). 2006 E8S prices derived from monthly prices lx the Clean Cities Alternative Fuel Price Report.
Projections: EIA, AEC2008 National Enorgy Modeling System runs LM2008.D031608A, AEO2008.Do30208F, and HM2006.D031608A.
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Economic Growth Case.Comparisons

Table B4. Macràeconomic Indicators
(Billion 2000 Chain-Weighted Dollars, Unless Otherwise Noted)

Projections

2010 2020 2030
• Indicators 2006 t.ow High Low High Low High

. Economic Rofere~ce Economic Economic Reference Economic Economic Reference Economic
V Growth . Growth Growth Growth Growth Growth

Real Gross Domestic Product 11319 12110 12453 12797 14743 15984 17239. 17429 20219 23002
Components of Real Gross Domestic Product . . . V

Real Consumption .• 8044 8670 8845 9.021 10568 11362 .12169 12323 13999 15679
‘Real Investment V 1920 1763 V 1939 2114 2314 2614 2914 3000 3743 4477

Real Government Spending 1951 2055 V 2087 . 2118~ 2118 . 2258 2398 2167 2471 .. 2772
Reai Exports’ 1304 ~. 1784.1797 1809 .3059 3387 3720 5218 .6191 7170
Reaiimports .‘ ~ 1929 2143 2190 2246 3326 3474’ . 3589 5386 . 5723 6008

Energy In~ensity V V . . V V ,~ V ,.

(thousand Btu per 2000 dollar of GDP) V V~ V V V V

DeOverad Energy 6.39 6,12 6,03 5.94 . ‘5.15 5.00 4.87 4.41 4.16 4.01
Totai Energy 8,79 V 8.44 .830 8i6 7.16 V 6.91 6.71 8.17 5.80 5.55

Price Indices ~V V V

GDP Chain-Type Price indeX (2000=1.000) 1.166 1.274 1.260 1.245 1.642 1,520 1.400 2.122 1.871 1.630
Consumer Pric.e Index (1 982-4=1) V

AU-Urban 2.02 2.22 V V 2.20 2.17 2.86 2.64 2.43 . 3.72 3.29 V 2.88
Energy Commodities and Services 1.97 2.14 2.1,5 2:15 . 2.54 ‘V 2.43 2,29 ,,‘ 340 V 3.14 2.88

Wholesaie Price Index (1982=1.00) . ‘ . : V V V V

All Commodities ,,.,,.,.....,......,. 1.65 ‘L82 1.80 t77 2i5 1.96 1.78 2.64 , 2.26 1.91
Fuel and Power 1.67 1.86 1.88 1.89 2.14 2.04 1.92 2.98 2.75 2.51

Interest Rates (percent, nominal) ‘ , V V ‘ ‘ V V V

Fedarai Funds Rate ‘ 4.96 496 . 4.69 4.40 5.42 4.92 4.45
10-YearTreasury.Note, : ~ 5.56 5,24 4.89 5.99’ 544 4.90
AA Utility Bond Rate V .6,84 V, 6.65 , 6.44 ‘7.52 V 6,98 6.45

Value of Shipments (blIIlon.2000 dollars) . V ‘ V V~

Totai industrial........,............... 5821 5788 5997 . ‘ 6202 6447 ‘ 7113 7768
Non-manufacturing 1531 1324 1419 V 1515 1427 1619 1814
Manufacturing 4290 4464 4577 4687 5020 5493 5953

Energy-Intensive 1225 1257 1283 1309 1287 1387 1487
Non-Energy Intensive 3065 3207 ‘ 3295 3378 3733 4107 4466

Population and Employment (millions)
Population with Armed Forces Overseas , . . - 300.1 309.5 310.9 312.6 325.4 . 337.7 351.3 336.7 365.6 396.3
Popuistlon (aged 16 and over) 235.0 243.5 244.9 246.7 257.6 266.0 275.2 270,4 289.3 309.4
Popuiation, overage 65 373 . 40.3 40.4 40.6 .64.0 54.9’ 55.8 69.3 71.6 74.1
Employment, Nonfarm 136.1 137.3 142.4 147.6 143.5 154.5 165,7 1529 168,1 .183.2
Employment, ManufacturIng 14.2 . 14.0 14.2 14.3 13.3 13.8 14.2 10.1 11.2 12.0

Key Labor Indicators V , V V

LaborForce(mflhons) 151.4 155,1 156.8 1583 160.3 ‘1656 17t6 ‘168.5 177.9 187.6
Non-farm Labor Productivity (1992=1.00) ,.., 1.35 1.44 1.45 1.47 1.68 1.77 1.87 1.92 2.14 2.37
Unemployment Rate (percent) ,, 4.63 5.12 5,03 4.93 4.80 4.62 4.41 4.99 4.80 4.68

Key Indicators for Energy Demand V

Real Disposabie Personal income 8397 9284 9472 9661 11888 12654 13436 14627 ‘16246 17874
Housing Starts (millions) 1.93 1.42 1.68 1.93 ‘ 1.39 1.78’ 2,17 1.15 1.70 2.24
Commercial Fioorspace (billion square feet) .. 74.8 78.0 ‘ 78.8 79.4 85.6 89.3 92.6 93.8 100.8 108.0
Unit Sales of Light-Duty Vehicles (millions) ... 16.50 16.05 16.38 17.09 16.36 17.47 18.88 17.16 19.39 21.86

GDP = Gross domestic product. V

Btu = British thermal unit.
Sources: 2006: Global Insight, Global Insight Industry and Empioymenf models July 2007, ProjectIons: Energy Information Administration,

AEO2008 National Energy Modeling System runs LM2008.D031 608A, AEO2008.D030208F, and HM2008.D031 608A.
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5.46 4.91 4.37
6.08 5.46 4.89
7.76 7.13 654
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Appendix C

Table Cl. Total Energy Supply and Disposition Summary
(Quadrillion Btu per Year, Unless Otherwise

Supply, Disposition, and Prices 20102006 _______________

Low ReferenceI Price Price

Price Case Comparisons

Production
Crude Oil and Lease Condensate 10.80 12,85 12.76 12.64 13.67 13.40 13.57 11.15 12.04 13.71
Natural Gas Plant Liquids 2.36 2.27 2.27 2.26 2.32 2.31 2.28 2.09 2.11 2.11
Dry Natural Gas 19.04 19.83 19.85 19.81 20.14 20.24 20.26 19.98 20.00 20.36
Coal1 23.79 23,97 23.97 23,97 23.33 25,20 26.13 25.88 28.63 32.46
Nuclear Power 8.21 8.31 8,31 8,31 8.90 9.05 9.26 8.72 9.57 10.66
Hydropower 2.89 2.92 2.92 2.92 3.00 3.00 3.01 3.01 3.00 3.01
Biomass2 2.94 4.08 4.05 4.02 6.48 6.42 6.48 8.28 8.12 7.88
Other Renewable Energ? 0.88 1.39 1.51 1.51 1.77 2.00 2.10 2.11 2.45 2.45
Other4 0.50 0.53 0.54 0.55 0.60 0.58 0,57 0.65 0.64 0.63

Total 71.41 76.16 76.17 75.99 80.21 82.21 83.66 81.87 86.56 93.27

Imports
Crude OH 22.08 21.40 21.14 20.42 22.41 21.58 19.62 26.43 24.41 18.93
Liquid Fuels and Other Petroleum6 7.21 5.48 5.61 6.27 6.72 5,43 4.94 7.46 5.44 4.71
Natural Gas 4.29 5.00 4.80 4.63 6.40 4.68 3.52 6.98 4.64 3.17
Other Imports’ ,,,,.,,,,.,,,,,,,,,,,,,, 0.98 0,95 0.95 0.96 1.89 1.93 2.00 2.60 2.74 2.92

total 34.57 32.83 32.49 32.27 3743 33~62 30.08 43.47 37.22 29.73

Exports
Petroleum7 .~ 2.60 2.87 2.82 2.88 3.03 2.98 3.08 3.07 3.33 3.25
Natural Gas 0.73 0.85 0.84 0.84 1.12 1.02 0.91 1.60 1.36 1.08
Coal 1.26 1.79 1.79 1.79 0.87 0.87 0.82 0.91 0.88 0.88

Total ,~ 4,59 5.50 5.45 5.51 5.02 4.87 4.82 5.58 5.56 5.21

Discrepancy8 1.87 -0.08 -0.13 -0.10 0.22 0.12 0.14 0.37 0.21 0.25

Consumption
LiqUid Fuels and Other Petroleum’ 40.06 40.61 40.46 40.19 44.30 42.24 40.20 46.89 43.99 41.48
Natural Gas 22.30 24.11 23.93 23.72 25.55 24.01 22,71 25.47 23.39 22.24
Coal1° 22.50 23.03 23.03 23.03 24.18 25.87 26.81 27.38 29.90 32.11
Nuclear Power 8.21 8.31 8.31 8.31 8.90 9.05 9.26 8.72 9,57 10.66
Hydropower 2.89 2.92 2.92 2.92 3.00 3.00 3.01 3.01 3.00 3.01
Biomass~ ......,.,.........,,......, 2.50 3.02 3.01 2.99 4.53 4.50 4.49 5.63 5.51 5.36
Other Renewable Energy7 0.88 1.39 1.51 1.51 1.77 2.00 2.10 2.11 2.45 2.45
Other82 0.19 0.18 0.18 0.19 0.17 0.17 0.19 0.18 0.20 0.22

Total 99.52 103.57 103.34 102.87 112.39 110.85 108.78 119.39 118.01 117.54
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Price Case Comparisons

TabléCi. Total Energy Supply and Disposition Summary (Continued)
(Quadrillion Btu per Year, Unless Otherwise Noted)

~ Projections V

Supply Disposition, and PrIces 2006 2010 2020 2030
V V V ~ ~Rafarence ~ ~ I~~°”°~°~ I ~ ~Z freferefbe I

Prices (2006 dollars per wilt) VV. V V

Petroleum (dollars per barrel> V V

Imported Low Sulfur Light Crude Oil Price 66.02 71,45 74.03 79.02 39.07 59.70 102.07 42.35 70.45 118.65
Imported Crude Oil Price13 59,05 62.64 65.18 69.19 33,46 51.55 88.31 34.61 58.66 96.42

Natural Gas (dollars per million Blu) V

PriceVat Henry Hub 6.73 . 6.61 6.90 7.28 5;oi 5.95 7.08 V 6.~0 V 7.22 8.43
V Welihead Pric&4 V 6.24 5.89 6.16 6.50 ~ 5.29 6.32 5.33 6.45 7.55

Natural Gas (dollars per thousand cubic feet) V V V

Wellhead Prlc&4 ~V 6.42 V 6.06 V 6.33 6.69 4.56 V •5,44 V 6.50 5,49 6.63 7.77
Coal (dollars per ton) V V V . V V V V V V V V

Minemouth Pricew ,.,................, 24.63 25,88 V 26.16 .26.17 . 21,68 . 22.51 23.62 22.06 23.32 24.79
coal (dollars per million Btu) V V V V V V V

~Minemouth Prlc&5 ,..,.,.,V,....,,,..,,..:V1,21 1,27 1.28 1,28 1.09 1.14 V 1.20 1.12 1.19 1.28
Average Delivered Price” 1.78 1.92 1.93 1.94 1.69 1.77 1.86 1.72 1.82 1.92

. Average Electricity Price V

(cents per.kllowafthour) ~- 8.9 9.1 9.2 . 9~3 V 8.3 8.6 . 8.9 8.5 8.8 9.1

‘Includes waste coal, .. V V

‘Includas grid-connected electricity from wood and waste; biomass, such as corn, used for liquid fuels production; and non-electric energy demand from wood. Refer to
Tabla A17 for riefeils. . V V V V

aincludes grid-connected electricity from landfill gas; blogenle municipal waste; wind; pholovollaic and solar thermal sources; and non-electric energy from ronowable
sources such as active and passive solar systems. Excludes electricity imports usIng renewable sources and nonmarkeled renewable energy. Sea Table A17 for selected
nonmarketed residential and commercial ran~wabie energy. V V

4lnctudas non-biogenlc municipal waste, liquid hydrogen, methanol, and some domestic Inputs to refineries.
‘Includes Imports of finished pelroleum products, Vunfinishad oils, alcohols, ethers, blending.oomponents, and renewable fuels such as ethanol.
‘Includes coat, coal coke (net), and electricity (net).

V Vllncludes crude oil and petroleum products. ~‘ V V

‘Balancing Item. Includes unaccounted for supply, loasen, gains, end potatorega withdrawals, VVVV ‘ V V

‘Includes petroleum-derived fuels and non-petroleum derived tuela, such as ethanol end biodlesel. Petroleum coke, which Is a solid, Is included, Also Included are natural
gas plant liquids, crude oil consumed as a fuel, and liquid hydrogen. Refer to Table A17 for detailed ronewabie liquid fuels consurpplion.

“Excludes coal converted to coat-based synthetic liquids. V V

“Includes grid-connected electricity from wood end wood waste, Vnon~elect(ic energy from wood, and biofuels heal and coproducte used in the production of liquid fuels, but
excludes the energy content of the liquid fuels. V

“Includes. non-bloganio municipal waste and flat electricity Imports, V

“Weighted averege price dollvored.lo U.S. refiners. V V

‘4Rapresents tower 48 onshore ahd offshore supplies.
“Includes reported prices for both open market and captive mines.
“PrIces weighted by consumption; weIghted average excludes residential and commercial prices, and airport free-alongside-shIp (f.a.a.) prices. V

Blu British thermal unit, .
- - = Not epplicabie. . V V V

Note: Totals maynol equal sumof components due to Independent rounding. Date for 2006 are model results end may differ slightly from otfiolal EIA data reports.
Sources; 2006 natural gas supply Values and natural gas welihead price: EIP,, Natural Gas Mon tIny, DOE/EtA-Si 30(2007/04) (Washington, DC, April 2007). 2006 coal

mlnamoulh and delivered coal prices: EtA, Annual Coal Report 2006, DOEIEIA-0584(2006) (Washington, DC, November 2007). 2006 petroleum supply values: EIA,
Petroleum Supply Annual 2006, DOE/EIA-0340.(2006)/1 (Washlnglon, DC, Saplembar 2007), 2006 low suilur light crude oil price: CIA, Form CIA-aSs, ~Monthly Foreign Crude
Oil AcquisitIon Report.” Olhar 2006 coal values: Quarterly Cost Report, Oclobar-December 2006, DOE/EIA-0i 21(2006/40) (Washington, DC, March 2007). Other 2006
values: CIA, Annuai Energy Review 2006, DOE/EIA-0384(2006) (Washington, DC, June 2007). ProjectIons: CIA, AE02008 National Energy Modeling System runs
LP2008.D031608A, AE02008.D030208F, and HP2008.D031808A. . V
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Table C2. Energy Consumption by Sector and Source
Unless Otherwise

Residential

Price Case Comparisons
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Energy Consumption

0.48
0.08
0.76
1.32
4.97
0.01
0.44

4,95
11.69
10.58
22.27

0.48
0.08
0.75
1.31
4.95
0.01
0.44
4,95

11.66
10.59
22.25

0.48
0.08
0.75
1.31
4,93
0.01
0.44
4.94

11.63
10.58
22.21

0.52
0.09
0.78
1.40
5.41
0.01
0.39
5.29

12.49
10.98
23.47

0.52
0.08
0.73
1.33
5.30
0.01
0.40
5.25

12.30
11.08
23.39

0.51
0.08
0.65
1.24
5.20
0.01
0.42
5.22

12.09
11.12
23.21

0.55
0.07
0.56
1.18
5.23
0.01
0.40
5.85

12.66
12,10
24.76

Liquefied Petroleum Gases 0.47 0.56 0.55
Kerosene 0.07 0.09 0.08
Distillate Fuel OIl ,,,,,,,,,.,,..,,....., 0.70 0.72 0.65
LiquId Fuels end Other Petroleum Subtotal 1.25 1.37 1.29

Natural Gas 4.50 5.44 5.32
Coal 0.01 0.01 0.01
Renewable Energy1 0.41 0.36 0.38
Electricity 4.61 5.90 5.88
Delivered Energy 10.77 13.08 12.88

Electricity Related Losses 10.04 11.91 12.14
Total 20.82 24.99 25.01

Commercial
Liquefied Petroleum Gases 0.08 0.09 0.09 0.09 0.09 0.09 0.09 0.09 0,09 0.09
Motor Gasoline2 0.05 0.05 0.05 0.05 0.05 0.05 0.05 0.05 0.05 0.05
Kerosene 0,02 0.02 0.02 0.02 0.02 0.02 0.02 0.02 0.02 0.02
Distillate Fuel Oil 0.42 0.38 0.38 0.38 0.45 0.41 0.37 0.49 0.41 0.38
Residual Fuel Oil 0.11 0.10 0.10 0.09 0.11 0.10 0.10 0.11 0.10 0.10

Liquid Fuels and Other Petroleum Subtotal 0.68 0.64 0.63 0.63 0.73 0.68 0.63 0.76 0.68 0.64
NaturalGas 2.92 3.06 3.04 3.03 3.56 3.47 3.37 3.87 3.78 3.67
Coal . . ~. . ,; 0.08 0.08 0.08 0.08 0.08 0.08 0.08 0.08 0.08 0.08
Renewable Energy3 0.13 0.13 0.13 0.13 0.13 0.13 0.13 0.13 0.13 0.13
Electricity 4.43 4.74 4.73 4.72 5.72 5.67 5.62 6.68 6.62 6.57
Delivered Energy 8.25 8.64 8.62 8.59 10.22 10.03 9.83 11.52 11.30 11.09

Electricity Related Losses 9.66 10.12 10.12 10.12 11.87 11.96 11.99 13.47 13.68 13.59
Total 17.91 18.76 18.74 18.70 22.08 21.98 21.82 24.99 24.98 24.68

industrial4
Liquefied Petroleum Gases 2.09 2.13 2.12 2.12 1.87 1.83 1.78 1.75 1.71 1.71
Motor Gasoline2 0.38 0.38 0.38 0.37 0.37 0.37 0.37 0.38 0.38 0.37
Distillate Fuel Oil 1.28 1.29 1.29 1.28 1.26 1.23 1.22 1.29 1.23 1.23
Residual Fuel Oil 0,28 0.28 0.28 0.28 0.30 0.23 0.19 0.37 0.23 0.19
Petrochemical Feedstocks 1.41 1.37 1.36 1.36 1.41 1.39 1.36 1.30 1.29 1.30
Other Petroleum5 4.48 4.31 4.25 4.14 4.67 4.22 3.73 4.93 4.41 3.62

LiquId Fuels and Other Petroleum Subtotal 9.92 9.76 9.67 9.57 9.89 9.27 8.65 10.02 9.25 8.42
Natural Gas 6.68 7.15 7.16 7.12 7.00 7.14 7.21 6.73 7.08 7.21
Natural~Ges’to-Llqulds Heat and Power , . 0.00 0.00 0.00 0.00 0.00 0.00 0.20 0.00 0.00 0.20
Leaseand Piant Fuel5 1,17 1,21 1.21 1.21 1.25 1.25 1.26 1.27 1.27 1.30

Natural Gas Subtotal 7.85 8.36 8.37 8.33 8.25 8.39 8.68 8.00 8.35 8.71
Metallurgical Coal 0.60 0.60 0.60 0.59 0.56 0.54 0.51 0.50 0.48 0.47
Other industrial Coal 1.26 1.31 1.31 1.30 1.19 1.20 1.19 1.16 1.18 1.18
Coal-to-Liquids Heat and Power ,.,.,,., 0.00 0.00 0.00 0.00 0.09 0.34 0.45 0.09 0.55 2.69
Net Coal Coke Imports 0.06 0.03 0.03 0.03 0.03 0.04 0.04 0.04 0.04 0.04
Coal Subtotal 1.92 1.94 1.93 1.92 1.87 2.11 2,19 1.80 2.26 4.39

Blofuels Heat and Coproducts 0.30 0.68 0.67 0.66 1,51 1.49 1.49 2.41 2.31 2.09
Renewable Energy7 1.69 1.67 1.66 1.66 1.86 1.83 1.80 2.04 2.02 2.00
Electricity 3.42 3.52 3.50 3.48 3.65 3.59 3.52 3.51 3.52 3.58
Delivered Energy 25.10 25.93 25.82 25.62 27.04 26.70 26.32 27.77 27.70 29.19

Electricity Related Losses 7.45 7.52 7.50 7.45 7.57 7.57 7.51 7.07 7.28 7.40
Total 32.55 33.45 33.32 33.07 34.61 34.27 33.83 34.84 34.98 36.59



Price Case Comparisons

Table C2.’ Energy Consumption by Sector and Source (Continued)
(Quadril lion Btu per Year, Unless

Transportation
Liquefied Petroleum Gases 0.02 0.02 0.02 0.02 0.01 0.01 0.02 0.01 0.01 0.02
E859 0.00 0.00 0.00 0.00 0.95 0.97 0.91 1.17 1.34 1.65
Motor Gasoline2 17.20 17.28 17,25 17.14 17.46 16.56 15,36 17.54 15.97 13.83
Jet Fuel9 3.16 3.45 3.44 3.43’ 4.16 4.15 4.14 4.79 4.79 4.79
DIstillate Fuel Oll’° 6.18 6,56 6.54 .6.52 7.75 7.63 7.64 9.09 8.98 9.29
Residual Fuel Oil 0.83 0.85 0.85 0.85 0.86 0,86 0.86 0.87 0.87 0.87
Liquid Hydrogen 0.00 0,00 0.00 .0.00 0.00 0.00 0.00 0.00 0.00 0.00
OtherPetroleum11 .0.18 0.17 0,17 0.17 0.18 0.18 0.18 0.18 0.18 0.18

Liquid Fueis.and Other Petroleum Subtotal .27.57 28.34 28.29 28.14 31.36 30.37 29.11 33.65 32.15 30.62
Pipeline Fuel Natural Gas .0.59 0.64 0.64 0.64 0.71 0.69 . 0.66 0.76 0.72 0.70
Compress4d Natural Gas 0.02 0.04 0.04 0.04 0.07 0.07 0.07 0.08 . 0.08 0.09
Electricity 0.02 .0,02 . 0.02 0.02 0.03 0.03 0.03 0.03 0,03 0.03
Delivered Energy .,.......,....;..‘~ .28.20 29.04 28.98 28,84 32,17 31.15 . 29.87 34.51 32.98 .31.44

Electricity Related Losses 0.05 .0.05 0.05 0.05 . 0.06 . 0.06 0.06 0.06 0.08 . 0.06
Total 28.25 29.09 29.03 28.89 32.23 ~, 31.21 29.92 34.57 33.04, 31.50

Delivered Energy Consumption for All . .. . .

Sectors ‘ . . .

LIquefied Petroleum’Gases ‘ , 2.65 ‘2.72 2.70 2.71 .2,50 2.45 2.40 2.41 2.37 . 2.37’
E859 ............................... 0.00 0.00 . 0.00 0.00 0.95 0.97 . 0.91. 1.17 1.34 1.65
:Motor.Gasollne2 17.62 17.71 .. 17.68 17.56 17.88 16,99 15.78 17.97 16.40 14.25

• Jet Fuel9 3.16 3.45 3,44 ‘ 3.43 ‘ 4.16 4.15 ‘ 4.14 4.79 4,79 479
Kerosene ‘0,11 ‘0.12 .‘ 0,12 .0.12 0,13 ‘013 0.12 0.13 0.13 0.11
Distillate Fuel Oil .‘ ‘‘“8.59 . ‘ 8;99 ‘. 8.97 . 8,93 ‘ ~ 10.00 .9,89’ ‘11.59 . 11.28 11.46
ResidUal Fuel Oil 1,23 1.23 ‘1.23 1.23 . 1,27 1.19 1.15 1.35 . 1.20 . 1.16
Petrochemical Feedstocks ...,,.. ,, .1.41 1.37 1.36 . 1.36 1.41 1.39 1.36 1.30 1.29 1.30

• Liquid Hydrogen 0.00 . ~ ~ 0.00 . o.oo ‘ 0.00 0.00 .. c.o~ 0.00 0.00
Other Petroleum12 4.64 4.47 4.40 4,29 4.83 4.38 3.88 5.09 4.56 3.77

Liquid Fuels and Other Petroleum Subtotal 39.41 40.06 39,90 39.64 43.38 41.65 39.63 45.80 43.37 40.87
Natural Gas ,,..,.,,..,............,.. 14,12 15.21 15.19 15.11 16.04 15.98 15.85 16.11 16.27 16.19
Natural-Gas-to-Liquids Heat and Power ‘ 0.00 0.00 0.00 0.00 0.00 0.00 ‘ 0.20 0.00 0,00 0.20
Lease and Plant Fuel9..., 1.17 .1.21 ‘1.21 1.21 1.25 1.25 1.26 1.27 . 1.27 . 1.30
Pipeline Natural Gas 0.59 0.64 .0,64 0.64 0.71. 0.69 0.66 0.76 0.72 0.70

Natural Gas Subtotal ...,‘....,,.,...... 15.88 17.06 17.04 16.96 18.00 17.93 17.97 18.14 18.26’ 18.39
‘Metallurgical Coal 0.60 0.60 0.60 ‘0.59 .0,56 0.54 0.51 , 0.50 0,48 0.47
‘OtherCoal...., 135 ‘1.40 1.40 1.40 1.28 1.29 1.28 1.25 1.27 1.27
Coal-to-LIquids Heat and Power 0.00 0.00 0.00 0,00 0.09 0,34 0.45 0.09 ‘ 0.55 2.69
Net Coal Coke Imports ‘ 0.06 0,03 ‘ 0.03 0.03 0.03 0.04 0.04 0.04 0.04 0,04

Coal Subtotal ‘ 2.02 2.03 2.03 2.02 1.96 2.21 2,28 1.89 2.35 ‘ 4.48
Biofueis Heat and Ooproducts .....,...... . 0.30 0.68 0.67 0.66 1.51 1.49 ‘. 1.49 2.41 2.31 2.09
Renewable Energy12. ,,..,..............2.23 ‘ 2.24 . 2.23 2.23 ,,. 2.38 2.37 2.35 2.53 2.52 ‘ 2.53
Electricity .,...,.‘ 12.49 13.23 13.20 . 13.16, ‘ 14.68 14.54 14.38 16.12 ‘16.05 16.03

Delivered Energy 72.32 ‘ 75.30 75.08 74.67 . 81.92 .80.18 78.10 86.88 84.86 84.38
Electricity, Related Losses 27.19 28.27. . 28.26 28.20 30.47 30.67 30.68 32.51 33,16 33.15
Total ‘ 9952 103.57 103.34 102.87’ 112.39 110.85 ‘ 108.78 119,39 ‘ 118.01 , 117.54

Electric Power94
Distillate Fuel Oil ,..,,., 0.18 0.18 0.18 0.18 0.20 0.20 0.20 0.22 . 0.23 0.22
Residual Fuel Oil 0.46 0.38 0.88 0.38 0.72 0.39 0.37 0.87 0.40 0.39
Liquid Fuels and Other Petroleum Subtotal , 0.64 0.56 0.56 ‘0.56 0.92 0.59 0.57 1.09 0.63 ‘ 0.61

Natural Gas 6.42 7.05 • 6.89 6.76 7.55 6.09 . 4.74 7.34 5,13 ‘ 3.85
Steam Coal ............,.........., 20.48 21.00 21.01 21.01 ‘ 22.21 23.67 24.54 25.50 27.55 , 27.63
Nuclear Power ......, 8.21 8.31 . 8.31 8.31 8.90 9.05 9.26 8.72 9.57 10.66
Renewable Energy19 3.74 4.41 4.53 4.53 5.40 5.64 5.76 5.80 6.13 6.21
Electrlcity.lmports 0.06 0.05 0.05 0.06 0.04 0.04 0.07 0.05 0.08 0.09

Total16 39.68 41.50 • 41.46 41.38 45.16 45.21 45.06 48.63 49.21 49.18
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Price Case Comparisons

Total Energy Consumption
LIquefIed Petroleum Gases 2.65 2.72 2.70 2.71 2,50 2.45 2.40 241 2.37 2.37
E859 0.00 0.00 0.00 0.00 0.95 0.97 0.91 1.17 1.34 1.65
Motor GasolIne2 17.62 17.71 17.66 17.56 17.88 16.99 15.78 17.97 16.40 14.25
Jet Fuel9 3.16 3.45 3.44 3.43 4.16 415 4.14 4.79 4,79 4,79
Kerosene 0.11 0.12 0.12 0.12 0.13 0.13 0.12 0.13 0.13 0.11
DIstillate Fuel Oil 8.77 9.17 9.16 9.11 10.45 10.20 10.09 11.81 11.51 11.68
ResIdual Fuel Oil 1.69 1.61 1.60 1.61 1.99 1.58 1.52 2.22 1.60 1.55
PetrochemlcalFeedstocks .........., 1.41 1.37 1.36 1.36 1.41 1.39 1.36 1.30 1.29 1.30
LiquId Hydrogen 0.00 0.00 0.00 0.00 0.00 0.00 0.00 0.00 0.00 0.00
Other Petroleum12 4.64 4.47 4.40 4.29 4.83 4.38 3.88 5.09 4.56 3.77

Liquid Fuels and Other Petroleum Subtotal 40.06 40.61 40.46 40.19 44.30 42.24 40.20 46.89 43.99 41.48
Natural Gas 20.54 22.26 22.08 21.88 23.59 22.07 20.58 23.45 21.40 20.04
Natural-Gas-to-LIquids Heat and Power 0.00 0.00 0.00 0.00 0.00 0.00 0.20 0.00 0.00 0.20
Lease and Plant Fuel9 1.17 1.21 1.21 1.21 1.25 1.25 1.26 1.27 1.27 1.30
PIpelIne Natural Gas .,.,.,,.,.,,.,,.., 0.59 0.64 0.64 0.64 0.71 0.69 0.66 0.76 0.72 0.70

Natural Gas Subtotal 22.30 24.11 23.93 23.72 25.55 24.01 22.71 25.47 23.39 22.24
Metallurgical Goal 0.60 0.60 0.60 0.59 0.56 0.54 0.51 0.50 0.48 0.47
Other Goal 21.83 22.40 22.41 22,41 23.49 24.96 25.82 26.75 28.82 28.90
Coal-to-Liquids Heat and Power 0.00 0.00 0.00 0.00 0.09 0.34 0.45 0.09 0.55 2.69
Net Coal Coke Imports 0.06 003 0.03 0.03 0.03 0.04 0.04 0.04 0.04 0.04

Coal Subtotal .~ 22.50 23.03 23.03 23.03 24.18 25.87 26.81 27.38 29.90 32.11
Nuclear Power 8.21 8.31 8.31 8.31 8.90 9.05 9.26 8.72 9.57 10.66
Blofuels Heat an~ Goproducts 0.30 0.68 0.67 0.66 1.51 1.49 1.49 2.41 2.31 2.09
Renewable Energy’1 5.97 6.65 6.76 6.76 7.79 8.01 8.11 8.34 8.66 8.74
Electricity lmport~ 0.06 0.05 0.05 0.06 0.04 0.04 0.07 0.05 0.08 0.09
Total 99.52 103.57 103.34 102~87 112.39 110.85 108.78 119.39 118.01 117.54

~nergy Use and Related StatistIcs
Delivered Energy Use 72.32 75.30 75.08 74.67 81.92 80.18 78.10 86.88 84.86 84.38
Total Energy Use 99.52 103.57 103.34 102.87 112.39 110.85 108.78 119.39 118.01 117.54
Ethanol Consumed In MotorGasoline and E85 0.47 1.05 1.05 1.03 1.82 1.82 1.68 1.97 2.01 2.07
Population (millions) 300.13 310.85 310.85 310.85 33774 337.74 337.74 365.59 365.59 365.59
Gross Domestic Product (billion 2000 dollars) 11319 12465 12453 12426 16030 15984 15944 20228 20219 20258
Carbon Dioxide Emissions (million metric tons) 5890.3 6030.9 6010.6 5983.0 6450.0 6384.1 6258.9 6941.2 6851.0 6799.2

‘Includes wood used for residential heating. See Table A4 and/or Table Al 7 for estimates of nonmarketad renewable energy consumption for geothermal heat pumps, solar
thermal hot water heating, and solar photevoltaic oioctriclty generation.

2includes ethanol (blends 0110 percent or less) and ethers blended Into gaeollne~
2Excludes ethanol. Includes commercial sector consumption of wood and wood waste, lenditli gas, municipal waste, end other biomass for combined heat and power. See

Table AS and/or Table A17 for estimates of nonmarketed renewable energy bonsumptlon for solar thermal hot water heating end solar photovollaic electrIcity generation.
4lncludes energy for combined heat and power planls, except those whose primary business Is to sell electricity, or electricity sad heat, to the public.
5lncludes petroleum coke, asphalt, road oil, lubricants, still gas, and mIscellaneous petroleum products.
9Rapresernts natural gas used In well, field, and lease operations, end In natural gas processing plant machinery.
7lncludes consumption of energy produced from hydroelectric, wood and wood waste, municipal waste, and other biomass sources. Excludes ethanol blends (10 percent or

less) in motor gasoline.
9E85 raters to a blend of 85 percent ethanol (renewable) end 15 percent motor gasoline (nonrenewable). To address cold starting Issues, the percentage of ethanol varies

seasonally, The annual average ethanol content ot74 percent Is used icr this forecast.
9lncludes only kerosene type.
“Diesel fuel for on- end oIl- road use.
‘1lnoludes aviation gasoline and lubricants.
‘9lnciudes unfinished oils, naturat gasoline, motor gasoline blending components, aviation gaeollne, lubricants, still gas, asphalt, reed oil, petroleum coke, and miscellaneous

petroleum products.
‘9lncludea electricity generated tor sale to the grid and for own use trom renewable sources, end non~electrio energy from renewable sources. Excludes ethanol and

nonmarketed renewable energy consumption for geothermal heat pumps, buildings photovoltsic systems, and solar thermal hot wafer heaters,
‘4lnciudes consumption of energy by elecfriclly-only and combined heat and power plants whose primary business Is to sell electricity, or electricity and fleet, 10 the public.

Includes small power producers and exempt wholesale generetom.
‘9lncludes conventional hydroelectric, geothermal, wood and wood waste, blogenlo municipal waste, other blomass, petroleum coke, wind, photovollalo and solar thermal

sources. Excludes net electricity Imports.
“Includes non-blogenlo municipal waste not Included above.
‘7lncludes conventional hydroelectric, geothermal, wood end wood waste, biogenio municipal Waste other blomasa, wind, photovolfalc and solar thermal sources. Excisdes

ethanol, net electricity Imports, and nonmerketed renewable energy consumption tor geothermal heat pumps, buildings photovellaic syslerns, and solar thermal fbI wafer
hoators.

Btu British thermal unit,
- - = Net applicable.
Nole: Totals may not equal sum of components due to Indepondont rounding. Data for 2006 are model resulls end finay differ slightly trom official CIA data reports,

Consumption values of 0.00 are values that round to 0.00, bacause they are less than 0.005.
Sources: 2006 consumptIon based on: Energy taformatlon Administration (CIA), Annual Energy Review2006, DOE/EIA-0384(2006) (Washington, DC, June 2007). 2006

population end gross domestic product: Global Insight, Global Insight Industry and Employment medals, July 2007, 2006 carbon dioxide emissions: EIA, Emissions of
Greenhouse Sases In the United Slates 2006, DOE/EIA-0573(2006l (Washington, DC, November 2007). Projeotlona: EIA, AE02008 Nallonel Energy Modeling System runs
LP2008,Do31 608A, AE02006,0030208F, and HP2008.D031 eOBA.
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Price Case Comparisons

Table C3. Energy Prices by Sector and Source
. (2006 Dollars pet~.MlIlion Btu, Unless Otherwise Noted) V

• V Projections

2010 I 2020 2030
Sector and Source 2006 .. I V

V LOW Reference High V I Low Reference High Low IR2te5~ f High
• Price Price i Price i Price Price Price

Residential
Liquefied Petroleum Gases 23.08 V 24.91 2521 25,59 23.30 24.23 25.36 24.26 25.43 26.63
Distillate Fuel Oil 17.94 16:45 17.21 18.25 10.60 14.27 22.09 11.54 16.27 24.45
Natural Gas 13,40 11.85 V 12.15 1255 10.43 11.39 12,57 11.71 12.91 14.10
Electricity 30.52 31.02 31.37 31.79 29.21 3Q20 31.09 29.82 30.63 31.48

Commerciai V V V

V Distillate Fuel Oil 14.59 14.51 15.24 16.12 9,51 13.24 20.37 10.27 15.00 23.16
Residual Fuel Oil V 860 V 9.64 10.06 10.69 5.03 795. 13.09 5.50 V 9.22 15.41

V Natural Gas ........., 11.50 10.30 10:59 10,98 8.97 9.91 11.04 10.26 11.43 12.61

Electricity 27.75 V 27.52 27.89 28.35 24.45 25.64 26.90 25.01 .. 26.17 27.33

Industria~ V

Liquefied Petroleum Gases 19,71 17.49 17.74 18~12 15.94 16.79 17.75 16.77 17.79 19.02
Distillate Fuel Oil 15.33 15.02 15.72 16.46 10.85 . 14.62 21.23 11.56 16,26 24.32
Residual Fuel Oil ...,.....‘ 9.06 10.10 10.86 11.00 5,48 8.29 12.92 6.20 9.62 .15.20
Natural Gas2 .,....,,,., 7.66 6.94 V 7,21 7.58 .35 6.21 7.29 6.22 V 7.29 8.44

V Metallurgical Coal 354 V 4.06 4.07 4.08 3.39 3.42 3.48 3.56 3.60 ‘3.67

Other Industrial’Coai 234 V 2.41 V 2.42 .2.43 2.20 2,28 2.38 2,23 2.33 2.48
Coal to Liquids V -- - - - 0.86 1.09 1.26 0.95 130 .1.57
Electricity~ 17.97 18.90 19.21 19.60 16.47 17.27 17,89 16.98 17.63 18.11

Transportation : . V ,, V
V Liquefied Petroleum Gases3~V 21.72 25,74 26.03 26.35 24.02 24.94 26.04. 24.87 26.03 27.21

E854 ‘ ,,,, ‘,~ 24.81 ‘.21,86 23.58 26.14: 15,25 18.l& 27.14 15.22 . .19.62 . 28.81
MotorGasollne5 . :‘ .‘. .~:“..,..‘ 21,19 2043 VV~1.23 23.66 ‘ 15.35 19.64 27.35 15.35 20.37 29.37
,JetFueie ,V;V, .‘ 14.83 ‘‘15.13 16.77 17.13 V V 9.18 13.27 .. 21,13 10.22 ‘ 15.37 23.87
Distillate Fuel Oll~ 19,72 19.00 19,68 20.45 14.47 18.26 ‘ 24.74 14.87 1.9.59 27.72
Residual Fuel Oil 7.89 ‘9.93 ‘ 10.53 10.83 5,68 8.69 14.02 .6.50 , 10.39 16.44
Natural ~ :.......,....‘............ 14.28 13.33 13.60 13.99 .11.22 12.15 13.3.7 11.64 12.83 14.12
EieCtricity .........‘.......‘............ 29.73 V 30.48 30.95 31.53 .27.77 29.05 30.29 28.56 29.65 30.43

Eiectrio Power° V V ‘ V V

Distillate Fuel Oil 13.35 12.88 13.62 14.64 7.07 10.69 18.33 .. 8,02 12.71 20.66
Residual Fuel ON 8.17 8.87 9.45 9.79 4.43 7.50 12.73 5.09 ‘ 9.04 ~i 5.14
Natural Gas 6.87 6.71 6.96 , 731 5.11 5.95 .6.96 . . 5.90 6.93 8.06
Steam Coal~ 1.69 1.83 , 1.84 1.85 1.62 1.72 1.82 I .~6 . 1.78 ‘1.93

Average Price to All Users1° , V V V V V

Liquefied Petroleum Gasàs .,:..,,.,,,,., 20.35 19.01 19.27, 19.65 17.70 18.59 19.63 ‘ 18.72 19.82 21.03
E864 24.81 21.86 .23.58 26.14 15.25 18.15 27.14 ‘ 15.22 . 19,62 28.81
Motor Gasoline5 21.06 20.43 .21.23 23.66 15.35 19.64 27.35 15,35 20.37 29.37
J~t Fuel 14.83 15.13 16.77 17.13 9.18 ‘ 13.27 . ‘ 21.13 10.22 15.37 . 23.87
Distillate Fuel Oil 18.56 17.78 18.4.8 19.25 13.39 17.20 ‘ 23.84 13.99 ‘ 18.74 ‘26.92
Residual Fuel Oil 8.21 ‘ 9.69 10.31 10.61 5.16 8.29 13.50 . 5.84 , 9.87 15.90
Natural Gas 9.22 8.43 8.72 9.10 7.00 7.98 9.18 8.07 9.36 10:63
Metallurgical Coal 3.54 4.06 4.07 4.08 3.39 .3.42 3.48 3.66 3.60 3.67
OtherCoal 1.73 ‘ V , 1.86 1.88 1.89 1.66 1.75 ‘ 1,85 1.69 1.81 1.95
Coal to Liquids .......................... V - -. - - -. - - 0.86 . 1.09. 1.26’ 0,95 1.30 V 1.57
Eiectrloity 26.10 ‘ 26.54 26.90 2734 24.19 25.23 26.22 25.03 25.93 26.79
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Table C3. Energy Prices by Sector and Source (Continued)
Dollars per Million Btu, Unless Otherwise Noted)

Non-Renewable Energy ExpendItures by
Sector (billion 2008 dollars)

Residential 225.38
Commercial 166.54
Industrial 205.11
Transportation 542.63

Total Non-Renewable Expenditures 1139.68
Transportation Renewable Expenditures.. . . 0.03
Total Expenditures 1139.70

Price Case Comparisons

‘Includes energy for combined heat and power plants, except those whose primary busIness Is to sell electricity, or electrIcity and heat, to the public.
‘Excludes use br lease and plant fuel,
‘Includes Federal and State taxes while excludIng county and local taxes.
4~~5 refers to a blend of 85 percent ethanol (renewable) and 15 percent motor gasoline (nonrenewable). To address cold starting issues, the percentage of ethanol varies

seasonally. The annual average ethanol content of 74 percent Is used for this forecast.
‘Sales weIghted-average price for eli grades. includes Federal, State and local taxes.
‘Kerosene-type Jet fuel, includes Federal and State taxes while excludIng county and local taxes.
TDiesel fuel for on-road use. includes Federal and State taxes while excluding county and local taxes.
‘Compressed natural gas used as a vehicle fuel. Includes estimated motor vehicle fuel taxes and estImated dispensing Costa or charges.
‘includes electricity-only and combined heat and power plants whose primary business is to sell electricity, or electricity end heat, to the public.
10Weighted averages of end-use fuel prices are derived from the prices shown in each sector and the corresponding sectoral consumption.
Btu = BrItish thermal unit.

Not applicable.
Note: Date for 2006 are model results and may differ slightly from official EIA data reports.
Sources: 2006 prices br motor gasoline, distIllate fuet cli, end let fuel are based on prices In the Energy Information Administration (EIA), Petroleum Marketing Annual

2006, DOE/EIA-0487(2006) (Washington, DC, August 2007). 2006 resIdential and commorciel natural gas delivered prices: EtA, Natural Gas Monthly, DOEIE1A-
0130(2007/04) (Washln~ton, DC, April 2007). 2006 IndustrIal natural gas delivered prices are estimated based on: EfA, Manu(acfudng Energy Consumption Suivey 1994 and
industrial and wollhesd prices trorn the Nalural Gas Annual 2005, DOE/EIA-0131 (2005) (Washington, DC, November 2006) and the Natural Gas Monthly, DOEIEIA
0130(2007/04) (WashIngton, DC, April2007). 2006 transportation sector natural gas delivered prices are model results. 2006 electric power sector natural gas prices: EIA,
ElectrIc Power Monthly..DOEIEIA-0226, May 2006 through April 2007. 2006 coal prices based on: EIA, Quarterly Coal Report, October-December 2006, DOE/EIA
0121(2006/4Q) (Washington, DC, March 2007) and SIA, AE02008 National Energy Modeling System run AEO2008.D030208F. 2006 eieclrlclty prices: EIA, Annual Energy
Review 2006, DOEIEIA’0384(2006) (WashIngton, DC, June 2007). 2006 E85 prices derived trom monthly prices In the Clean Cities Alternative Fuel Price Report.
Projections: EIA, AEO200B Netional Energy Modeling Sysiern runs LP2008.D031608A, A502008.D030208F, and HP200B.D031808A.
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238.17
171.75
218 .32
540.60

1168.84
0.07

1168.91

241.71
174.38
224.65
560.74

1201.48
0.06

1201.54

246.28
177.84
230.83
608.98

1283.94
0.07

1264.00

232.30
179.61
171.15
426.17

1009.23
14.43

1023.66

243.22
189.37
193.16
530.80

1156.54
17.64

1174.18

256.49
201.22
221.31
712.89

1391.91
24.80

1416.71

262.54
215.50
177.82
462.11

1117.96
17.78

1135.74

274.70
227.37
203.93
587.86

1293.86
26.35

1320.22

287.88
240.45
235.22
797.19

1560.74
47.45

1608.20
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Price Case Comparisons

Table C4. Liquid Fuels Supply arid Disposition
(Million Barrels per Day: Unless

Supply and Disposition

Crude Oil
Domestic Crude Production’ 5,10 5.97 5.93 5.87 6.35 6.23 6.31 5.18 5.59 6.37

Alaska 0.74 ‘, 0,69 .0.69 0.68 0.77 0.70 0.65 0.32 0.30 0.41
Lower 48 States :‘.‘. 4.36 6.29 5.24 5.19 5.59 5.53 5.66 4,86 5.30 5.96

Net Imports 10.09 . 9.72 9.60 9.27 10.12 9.75 8.87 11.93 11.03, 8.54
Gross imports 10.12 . 9,75 9.63 .9.30 10.15 9.79 8.90. 11.95 11.06 8.57
Exports.,, 0;03 0.03 0.03 ‘003 0.03 0.03 ‘0.03 0.03 0.03 0.03

Other Crude Supply2 0.05 ‘000 0.00 0.00 0.00 0:00 0.00 0.00 . 0.00 . 0.00
Total Crude Supply 15.24 15.69 15.53 15.15 16.47 15.98 15.17 17.11’ . 16.63 14.91

Other Supply
Natural Gas Plant Liquids 1.74 1.69 1.68 1.68 1.72 1.72 1.69 1.56 1.57 1.56
Net Product imports 2.31 1.63 1.72 2.07 . 2.00 , 1.37 1.15 :2.41 1.26 0.88

Gross Refined Product Imports’ 2.17 1.48 ‘1.61 ‘ 1.72 1.74 1.41 1.22 2.11 ‘ 1.56 1.16
Unfinished Oil Imports 0.69 0.70 0.67 0.58 0.79 0.64 0.57 0.87 0.70 ‘0.54
Blending Component Imports 0.68 0.77 0.74 1.09 .0.85. 0.67 0.78 0.81 0.52 0.68
Exports . ‘ 1.22 ‘ 1.31 1.30 1.32 1.38 1.36’ 1.41 1,38 1.52 1.50

Ref lne~y Processing Gain4 ‘1.06 1.05 0.96 0.99 1.00’ ‘0.86 0.99 0.99 0.68
Other Inputs 0.45 . . 1,03 , 1.04 . .1.02 1.87 1.97 2.11 2.20 2.41 , 3.53

Ethanol 0.36 ‘0.81 0,81 0.60 1.41 1.41 1.30 1.53 1.56 1.61
Domestic Production .0.32 0.76 0.74 0.73 1.19 1.17 1.10 1.44 1,44 1.35
Net,lmports‘ 0.05 0.06 0.07 0.06 .0.22 0.24 0,20 0.09 0.12 0.26

Blodiesei ‘. .‘ , 0.02. .0.04 . ‘0.04 . ‘0.04 ‘ . 0.07 0,07 ‘ 0,08 0.07 ‘ 0.08 0.10
Domestic Produotion ‘ 0.02 “ 0.04 “ 0.04 . 0.04 .0.7 0.07’ 0.08 ‘0.07 0.08 0.10
Net imports 0.00 . 0.00 ‘ ‘.0.00 0.00 ‘0.00 0,00 0.00 0.00 . 0.00 ‘ 0.00

Liquids from Gas 0.00 . 0:00 0.00 ‘ , 0.00 0.00 0.00 . “ 0.13 ‘ 0.00 0.00 0.13
Liquids from Coal 0.00’ ‘ 0.00 . 0.00’ 0.00 .0.04 ‘ 0.15’ 0.20 0.04 0.24 1.18
Liquids from Blomass .;....;...........‘ 0.00 0.00 ‘ . 0.00 0.00 0.14 0.14 . 0.20 0.33 0.29 0.28
Other’ 0.07 0.18 ‘ 0.18 0.19 0.21 0.21 0.20 ‘ 0.24 .0,24 ‘ 0.23

Total Primary Supply’ 20.74 21.10 21.02 20.87 23.06 22.04 20.99 24.26 22.86 21.57

Liquid Fuels Consumption
by Fuel

Liquefied Petroleum Gases 2.05 2.06 2.05 2.06 1.90 1.86 1.82 1.83 1.80 1.80
E85’ ‘ 0.00 0.00 ‘0.00 ‘ 0.00 0.65 0.67 0.63 0.80 0.92 1.13
Motor Gasoline’ 9.25 ‘ 9.60 .9.59 9.54 9.73 9.24 8.60 9,77 8.91 7.75
Jet Fuel’ , .1,63 1.67 1.66 1.66 2.01 2.01 2.00 2.31 2.31 2.31
Distillate Fuel 01110 4.17 4.41 4.40 4.38 5.03 4.91’ 4.85 5.68 5.53 5.61

Diesel 3.21 3.73 . 3.72 3.71 4.31 4.23 4.22 4.96 4.87 . 5.01
Residual Fuel Oil ‘ 0.69 0.70 0.70 0.70 0.87 0.69 0.66 ‘0.97 0.70 0.67
Other1’ , 2.86 2.61 ‘.2.58 ‘ 2.53 2.80 2.58 ‘ 2.35 ‘ 2.85 2.62 2.28

by Sector
Residential and Commercial 1.07 ‘ 1.09 1.08 1.08 ‘ 1.18 1.13 1.06 1.20 1.12 1.05
Industrial” 5.15 5,10 5.06 5.01 5.08 4.79 4.50 ‘ 5.09 4.73 ‘4.37
Transportation 14.05 14,63 14.60 14.54 16.31 15.79 15.11 17.46 16.66 15,87
Electric Power” 0.29 0.25 ‘ 0.25 .0,25 ‘ 0.41 0.26 0.26 0.48 . 0.28 0.27

Total ‘ 20.65 21.06 20.99 20.87 22.99 ‘ 21.96 20.92 24.22 22.80 21.57

Discrepancy’4 0.09 0.04 0.03 -0.00 0.07 0.08 .0.08 0.04 0.06 0.00
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Price Case Comparisons

Table C4. Liquid Fuels Supply and Disposition (Continued)
(Million Barrels per Day, Unless Otherwise Noted)

Projections
2010 I 2020 I 2030Supply and DIsposition 2006

I Low
~ Reference High I Low I I Huh I Low I~ren~ High~ Referencej Price Price I Price Price I Price Price

Domestic Refinery Distillation Capacity’5 17,3 18.3 18.3 18.3 18.3 18.3 18.3 18.6 18.4 18.3
Capacity Utilization Rate (percent)’6 90.0 87.6 86.8 84.6 92.0 89.3 84.7 93.8 92.0 83.2
Not Import Share of Product Supplied (parcont) 60.0 54.1 54.2 54.6 53.5 51.6 48.7 59.5 54.3 44.9
Net Expenditures br Imported Crude ON and

Petroieuni Products (billion 2006 dollars) ... 264.86 243.47 254.07 266.30 148.06 207.19 311.47 178.98 261.91 324.14

1inciudes lease condensate,
2Strateglc petroleum resorvo stock additions plus unaccounted for crude oN and crude stock withdrawals minus crude product supplied.
3lncludes other hydrocarbons and alcohols.
1The volumetric amount by which total output Is greater than input duo to the processing of crude oil into products whIch, in total, have a lower specific gravity then the crude

oil processed.
‘includes pelroleum product stock wilhdrawais, domestic sources 01 blending components, other hydrocarbons, and ethers.
‘Total crudo supply pius natural gas plant liquids, other inputs, refinery processing gain, and net product imports.
7E86 refers to a blend of 85 percent ethanol (renewable) and 16 percent motor gasoline (nonrenewable). To address cold starling issuris, the percentage of ethanol varies

seasonally. The annual average ethanol content 0174 percent is used for this forecast.
‘includes ethanol and ethers blended into gasoline.
°inciudes only kerosene typo.
“includes distillate fuel oIl and kerosene from petroleum and biomass feodstocku.
“includes aviation gasoline, petrochemical toedsiocks, iublicanls, wases, asphalt, road oil, stiti gas, special nsphthss, petroleum coke, credo oil product supplied, methanol,

liquid hydrogon,and miscellaneous petroleum products.
“includes consumption br combined heat and power, which produces electricity and other useful thermal energy.
“includes consumption of energy by electricity-only and combined heat and power plants whose primary business is to sell electricity, or electricity and heat, to the public,

includes small power producers and exempt whoiessle generators.
~4B5iencing torn. includes unaccounted for supply, tosses, and gains.
“End-of-year operable capacity.
16Rate is calculated by dividing the gross annual input to atmospheric crude oil distiliation units by their operable refining capacity in bsrreis per calendar day.
- - Not af~plichbte.
Note: Totals may not equal sum of components due to indopendont rounding. Data for 2006 are model results and may dilter slightly trom obticisi EIA dale reports.
Sources: 2006 Imported crude oil price and patroieum product supplied based on: Energy information Administraf ion (EtA), Annual Energy RevIew 2006, DOS/SiA

0384(2006) (Washington, DC, June 2007>. 2006 Imported low sulfur light crude oil price: niA, Form EIA-856, “Monthly Foreign Crude OH Acquisition Report.’ Other 2006 data:
EtA, PelroieumSupplyAnnuel200S, DOEIEIA-0340(2006)/l (Washington, DC, Soptombor 2007). ProjectIons: SiA, AEO2008 National Energy Modeling System runs
LP2006,00Sl 605A, A602008.D030208F, and HP2006.D031 BOBA.
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Price Case Comparisons

Table C5. Petroleum Product Prices

Delivered Sector Product Prices

Residential
Liquefied Petroleum Gases 198.1
Distillate Fuel Oil 248.8

213.8 216.3 219.6
228.1 238.6 ?53.1

200.0 207.9 217.7 20&2 218.3 228.6
147.0 198.0 306.3 160.1 225,7 339.0

Electric Power7
Distillate Fuel Oil 185.1
Residual Fuel Oil 122.3
Residual Fuel OIl (2006 dollars per barrel) .. 61.37

178.6 189.0 203.1 98.1
132.8 141.5 146.6 66.4
55.80 59.43 61,56 27.87

148.3 254.3 111.2 178.2 286.5
112.3 190.5 76.1 135.3 226.6
47.18 80.02 31.98 56.84 95,17

Crude Oil Prices (2Q06 dollars per barrel)
imported Low Sulfur Light Crude Oil 66.02 71.45 74.03 79.02 39.07 59.70 102.07 42.35 70.45 118.65
imported Crude CIII 59.05 62.64 65.18 69.19 33.46 51.55 88.31 34.61 58.66 96.42

Commercial
Distillate Fuel Oil 201.8 200.2 210.2 222.4 131.1 182.5 280.9 141.5 206.7 319.3
Residual Fuel Oil 128.8 144.3 150.7 160.0 75,3 118.9 196.0 82.3 138.0 230.6
Residual Fuel OIl (2006 dollars per barrel) 54.09 60.60 63.27 67.19 31.64 49.95 82.32 34.65 57.97 96.87

Industrial5
Liquefied Petroleum Gases 169,2 150.1 152.3 155.5 136.8 144.1 152.4 144.0 152,7 163.2
DistlilateFuelOll 212.1 206.8 216.2 226.4 149.0 200.7 291.4 158,7 223.1 333.9
Residual Fuel Oil 135.6 151.1 162.6 1647 82.1 124.0 193.3 92.7 144.0 227.6
Residual Fuel Oil (2006 dollars per barrel) . 56.96 63.48 68,29 69.1 6 34.47 52.10 81.20 38.95 60.48 95.58

Transportation
Liquefied Petroleum Gases 186.4 220,9 223.4 226.1 206,2 214.0 223.5 213.4 223.4 233.5
Ethanol (E85)5 235.4 207.4 •223.7 248.0 144.6 172.2 257.5 144.4 186.1 273.4
Ethanol Wholesale Price 250.0 179,5 180.8 203.5 196.5 200.7 194.1 145.9 15Z2 179.6
Motor-Gasoline4 263.3 .45.8 255.4 284.1 184.1 235.5 327.5 184.2 244.6 352.3
Jet Fuel5 200.2 204.3 212.8 231.2 123.9 179.2 285.2 137.9 207.5 322.3
Diesel Fuel (distillate fuel oIl)’ 271.0 260.5 269.8 280.3 198.3 250.2 339.0 203.8 268.5 379.9
Residual Fuel Oil 118.1 148.6 157.7 162.1 85.1 130.1 209,9 97.3 165.5 246.1
Residual Fuel Oil (2006 dollars per barrel) 49.62 62.41 66.22 68.09 , 35.73 54.64 88.14 40.86 65.32 103.38

C

Refined Petroleum Product Prices’
Liquefied Petroleum Gases 174.6 163.2 165.4 168.7 151.9 159.6 168.5 160.7 170.1 180.5
Motor Gasoline4 261.6 245.7 255.4 284.1 184.0 235.5 327.5 184.2 244.6 352.2
Jet Fuel5 200.2 204.3 212.8 281.2 123.9 179.2 285.2 137.9 207.5 322.3
DistillateFuel Oil 255.9 244.4 253.9 264.5 183.8 236.1 327.2 191.9 257.1 369.4
Residual Fuel Oil 122.9 145.1 154.3 158.8 77.3 124.1 202.1 87.5 147.7 238.0
Residual Fuel 011(2006 dollars per barrel) 51.63 60.93 64.80 66.69 32.47 52.12 84.89 36.74 62.04 99.95

Average 234.5 224.3 233.1 252.3 166.4 214.1 296.3 171.4 229.6 326.4

1Weighted average price delivered to U.S. refiners.
5lnciudes energy for combined heat and power plants, except those whose primary busIness is to soil electrlolty, or electricity and heal, to the public.
‘085 refers loS blond of 85 percent ethanol (renewabia) and 15 percent motor gasoline (nonrenewable). To address cold starting issues, the percentage of etflanoi varies

seasonally. The annual average ethanol content 0174 percent Is used for this forecast.
‘Sales weighted-average price for all grades. includes Federal, State and local taxes.
‘Includes only kerosene lype.
‘DIesel fuel for on-road use. Indudes Federal and State taxes whIle excluding county and local taxes.
7lncludes electrIcIty-only and combined heat and power plants whose primary business Is to sell electricity, or electricity and heat, to the public. Includes small power

producers and exempt wholesale generators.
‘Welghtod averages of end-use fuel prices are derived from the prices In each sector and the corresponding sectoral consumption.
Note: Data for 2006 are model results and may differ slightly from officIal EIA data reports.
Sources: 2006 Imported low sulfur light crude oil price: Energy Information Administration (EtA), Form EIA-856, “Monthly Foreign Crude Oil Acquisition Report.’ 2006

Imported crude oIl price; EtA, Annual Energy Revlew2006, 000/EIA-0384(2006) (Washington, DC, June 2007). 2006 prices for motor gasoline, distillate fuel oil, and Jet fuel
are based on: EIA, Pofroleum Maiketlng Annual 2006, DOEIEIA-0487(2006) (Washington, DC, August 2007). 2006 residential, commercial, Industrial, and transportation
sector petroleum product prices are deflved from; EIA, Form EIA-762A, “Refiners/Gas Plant 0perators~ Monthly Petroleum Product Sales Report.’ 2006 electric power prices
based on: Federal Energy Reguistory Comi~,lsslon, FERC Form 423, “Monthly Report of Cost and QualIty of Fuels for Electric Plants.’ 2006 ethanol prices derived from
weekly spot prices In the Oxy Fuel News. 2006 wlioleseieethanol prices derived from Bloomburg U.S. average reck price. Projections: EIA, AE02008 National Energy
Modeling System runs LP2008.D031606A, AF02008.D030208F, and HP2008.D031808A.
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Crude Oil PrIces (2006 dollars per barrel)
Imported Low Sulfur Light Crude Oil Price 66.02 71.45
Imported Crude Oil Pric& 59,05 62.64

Total Conventional Production ............ 81.86

Unconventional Productions
United States (50 states) 0.34
Other North America 1.23
OECD Europe3 0.04
Middle East7 0.00
Africa 0.17
Central and South America 0.80
Other 0.20

Total Unconventional Production 2.78

Total Production 84.66
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Price Case Comparisons

Table C6. International Liquids Supply and Disposition Summary
(Million Barrels per Day, Unless Otherwise Noted)

Projections
2010 I 2020 I 2030Suppiy and Disposition 2006 I

~ Low
~ Reference High Low JRefereflCe I High Low ~ High~ Price Price I Price I Price Price Price

Conventional Production (Conventional)2
OPEC8

Asia 1.11 1.04
Middle East 23.21 25.67
North Africa 3.90 4.28
West Africa 4.02 5.78
South America 2.06 1.99

Total OPEC 34.30 38.76
Non-OPEC

OECD
United States (50 states) 7.91 8.89
Canada 2.00 1.86
Mexico 374 339
OECD Europe4 5.52 4.93
Japan 0.13 0.12
Australia and New Zealand 0.57 0.62

Total OECD 19.85 19.81
Non-OECD

Russia .,,~,,.,...,,,...,..,.,.,, 9.82 10.40
Othef Eurasia’ 2.85 3.80
China~ 3.80 3.86
Other Asia’ 2.89 2.94
Middle East1 1.69 1.61
Africa 2.49 2.93
Brazil 1.84 2.42
Ofhe~ Central and South America 2.36 2.33

Total Non-OECD 27.73 30.28

74.03 79.02 39.07 59.70 102.07 42.35 70.45 118.65
65.18 69,19 33.46 51.55 88.31 34.61 58.66 96.42

1.03 1.03 1.03 0.98 0.82 1.14 0.94 0.67
22.41 20.69 30.59 24.09 21.58 38.17 27.35 22.18
4.28 4.24 4.98 4.78 3.99 5.80 4.82 3.40
5.77 5.73 7.71 7.41 6.19 9.89 8.23 5.79
1.99 1.97 2.27 2.18 1.82 2.60 2.16 1.52

35.48 33.67 46.58 39.45 34.40 57.59 43.50 33.55

8.84 8.70 9.28 9.15 9.06 7.96 8.39 8.70
1.85 1.84 1.66 1.32 1.05 1.32 1.05 0.76
3.37 3.34 4.12 3.25 2.59 4.21 3.35 2.44
4.89 4.85 4.51 3.59 2.86 4.25 3.39 2.47
0.12 0.12 0.16 0.14 0.11 0.19 0.15 0.11
0.62 0.61 0.83 0.65 0.52 0.83 0.66 0.48

19.69 19.46 20.57 18.10 16.19 18.76 16.99 14.96

10.34 10.27 13.82 10.90 8.69 14.71 11.69 8.50
3.77 3.75 6.92 5.46 4.35 8.01 8.36 4.63
3.83 3.80 4.90 3.87 3.09 4.43 3.53 2.57
2.92 2.90 4.30 3.40 2.71 3,99 3.17 2.31
2.00 1.59 2.36 2.40 1.48 2.45 2.90 1.42
2.92 2.90 4.86 3.83 3.06 5.03 3.99 2.91
2.40 2.39 4.30 3.39 2.71 4.61 3.66 2.67
2.32 2.30 3.39 2.67 2.13 4.41 3.51 2.55

30.51 29~89 44.83 35.94 28.23 47.64 38.81 27.55

88.85 85.67 83.02 111.98 93.48 78.82 123.99 99.30 76.07

0.80 0.78 0.78 1.44 1.53 1.71 1.87 2.06 3.19
1.89 1.91 1.92 1.71 2.85 3.48 2.10 3.96 4.88
0.07 0.07 0.07 0.09 0.15 0.27 0.14 0.26 0.51
0.03 0.03 0.03 0.18 0.31 0.36 0.66 1.24 1.45
0.31 0.31 0.31 0.27 0.44 0.79 0.44 0.83 1.51
1.17 1.18 1.19 1.05 1.76 2.46 1.33 2.51 3.64
0.43 0.44 0.44 0.76 1.28 2.46 1.66 3.15 6.47
4.70 4.73 4.75 5.49 8.32 11.52 8.19 14.00 21.65

9355 90.40 87.76 117.47 101.80 90.34 132.18 113.31 97.71



Price Case Comparisons

Table C6. International Liquids Supply~a.nd Disposition Summary. (continued)
(Million Barrels

Consumption8
OECD . .

UnitedStates(5ostates) 20.65 21.06 20.99 20.87 22,51 21.47 20.45 23.62 22.11 20.73
United States Territories 0.38 0.46 0.43 .0.39 0.62 0.51 0,48 0.70 0.59 0,64
Canada 2.27 2.43 . 2.32 . 2.23 2.82 2.36 2.04 2.87 2.40 2.01
Mexico 2.06 2.29 2.19 2.10 3.09 2.61 2.24 3.53. 2.95 .2.48
OECD Europe8 15.42 16.22 15.47 14.85 18.69 15.71 . 13,59 18:99 15.86 13.27
Japan 5.16 6.41 . . 5.18 4.98 6.18 5.22 4.54 6.26 5.26 4.44
South’Korea 2,18 2.36 . 2.25 .2,16 3.07 2.57 2.23 3,37 2.81 2.36

V Australia and NewZe~Iand 1,03 1,12 1.07 103 141 119 1.03 .154 1.28 1.08
Total OECD 49.16 . 5’J3~ 49.90 V. 48.61 58.38 51.64 46.60 60.88 53.28 46.89

Non-OECD . V V V V

Russia 2.79 3.00 2.89 2.80 3.65 3.13 2.77 3.90 332 2.84
Other Non-OECD Eurasia5 2.09. 2.37 2.26 V 2.17 311 2.64” 2.29 3.50 2.96 2.50
China 7.26 9.86 9,44 V 9.08 V 14,21 11.96 10.39 1.8.73 15.69 13.20
India 2.49 2.81 2.68 2.57 4.30 3.62 3.14 5.23 4.37 3.67

V OtherNon-OECDA5ia 6.14 6.97 6.67 6.40 9.86 8.35 7.20 11.74 9.86 V 8.29
Middle East7 6.15 7.30 7.13 7,05 9.65 8.46 7.61 11.36 9.84 8.61
Africa 2.99 V 3,53 .. 3.36. 3.20 5.20 4.35 3.71 5.94 4.93 4.09
Brazil 2.34 2.69 2.57 ~ 3.75 3.15 2.72 4.42 3.68 3.08
Other Central and South America ..:,,, 3,26 . 3.68 V 3.51 . 3.41 5,37 4.51 V 3.90 6.48 V 537 453

Total Non-OECD 35.51 42.20 40.61 39.16 59.09 50.16 43.73 71.30 60.02 50.61

Total Consumption 84.66 ‘9355 9040 87.76 117.48 101.80 90.34 132.18 V 113.30 97.70

OPEC Production10 V 34.90 39.67 36.40 34.59 47,42 40.87 36.12 59.00 46.16 36.75
Non-OPEC Production’0 .,.,.,.,..,....,., 49.76 ‘5388 54.00 ‘. 53.17 70,05 60.94 54.22 73.19 67,15 60.96
NetEurasiaExports ~ 9.63 11.25 11,37 11.44 ~8.28 13.98 10.70 19.92 15.43 10.46
OPEC Market Share 41,2 42.4 V 40.3 V 39.4 40.4 40.1 400 44.6 40.7 37.6

‘Weighted average price delivered to U.S. refiners. V

2lncludes production of crude oil (including lease condensates), natural gas plant liquids, other hydrogen and hydrocarbona for refinery feedstocks, alcohol and other
‘sources, and retinory gains. . V

8OPEC = Organization of Petroleum Exporting Countries - Algeria, Angola, Indonesia, Iran, Iraq,’ Kuwait, Libya, Nigeria, Qatar, Saudi Arabia the United Arab Emirates, and
Venezuela. Does not include Ecuador, which was admitted to OPEC as a full member on November 17, 2007.

4OECD Europe = Orgahizailon for Economic Cooperation and Development- Austria, Belgium, Czech Republic, Denmark, Finland, France, Germany, Greece, Hungary,
Iceland, Irkiand, Italy, Luxembourg the Netherlands, Norway, Poland, Portugal, Slovakia, Spain, Sweden, Switzerland,’Turkey, and the United Kingdom.

5Eurasie consists of Armenia, Azerbaijan, Betarus, Eslo~ia, Georgia, Kazakhstan, Kyrgyzstan,Latvia, Lithuania, Moictova, Russia, Tailkisian, Turkmeniatan, Ukraine, and
Uzbelcistan. . V V . V V . V . V

8Other Asia = Afghanistan, Bangladesh, Phutan,Brunai, Cambodia (Kampuchsa), Fiji, French Polynesia, Guam, Hong Kong, Indonesia, Kiribati, Less, Malaysia, Macau,
Meidives, Mongolia, Myanmar (Burma), Nauru, Nepal1 New Calebonia, Niue,.North Korea, Pakistan, Pepua New Guinea, Philippines, Samoa, Singapore, Solomon islands, Sri
Lanka, Taiwan, Thailand, Tongs, Vanuafu, andVietnam. . V V

7Non-OPEC Middle East includes Turkey. V V

8lnoiudes liquids produced from energy crops,, natural gas, coal, Oil sands, and shale, Includes both OPEC and eon-OPEC producers in the’reglorral breakdown,
Snciudes both OPEC and non-OPEC consumers in the regional breakdown. ..

‘°inciudes both conventional and nonconventional liquids produotlon. V V

Note; Totals may not equal sum of components due to independent rounding. Data for 2006 ero model results end may differ slightly from official EtA data reports.
Sources; 2006 low sulfur light crude oil price: Energy information Administration (EIA), Form EIA-856, ‘Monthly Foreign Crude OP Acquisition Report.” 2006 imported

crude oN price: EtA, Annual Enorgy.Revlew 2006, DOEIE1A.0384(2006) (Washington, DC, June 2007). 2006.quantities and projections: Energy information Administration,
AEO200B National Energy Modeling System runs LP2006.D031606A, AEOaOOs.D030206F, and HP2008.D031808A.
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Appendix D

Results from Side Cases
Table Dl. Key Results for Residential and Commercial Sector Technology Cases

2010 I 2020
I Best I BestEnergy Consumption 2006 200.8 Reference High Available 2008 I High i Available

Technology Technology Technology Technology Reference i Technology I Technology

• Residential
Energy Consumption
(quadrillion Btu)

Liquefied Petroleum Gases 0.47 0.48
Kerosene 0.07 0.08
Distillate Fuel Oil 0.70 0,75

Liquid Fuels and Other Petroleum 1.25 1.32
Natural Gas 4.50 4.97
Coal 0.01 0.01
Renewable Energy1 041 0.44
Electricity 4.61 5.00

Delivered Energy 10.77 11.74
Electricity Related Losses ,..,.,, 10.04 10.70

Total 20.82 22.45

Delivered Energy intensity
(million Btu per houeehold) 95.8 101.2

Nontnarkéted Renewables. V -

Consumption (quadrillion Btu) . . . ~. 0.02 0.02

Commercial V

• Energy Consumption
(quadrillion Stu)

Liquefied Petroleum Gases 0.08 0.09 0.09
Motor Gnsollne2 0.05 0.05 0.05
Kerosene 0.02 0.02 V 0.02

• Distillate Fuel Oil 0.42 0.38 0.38
Residual FuelOil 0.11 0.10 0.10

Liquid Fuels and Other Petroleum 0.68 0.63 0.63
Natural Gas~ 2.92 3.05 3.04
Coal 0.08 0.08 0.08
Renewable Energy3 0.13 013 0.13
Electricity 4.43 4.78 4.73

Delivered Energy 8.25 8.68 8.62.
Electricity Related Losses ....,.,., 9.66 10.24 10.12

Total 17.91 18.92 18.74

Delivered Energy Intensity V V V V

(thousand Btu per square foOt) .... 110.3 110.1 109.3

Commercinl Sector Generation V
V Net Summer Generation Capacity

(megawatts)
Natural Gas .630
Solar Photovoltaic . 243
Wind ,...............,.,.,., 18

Electricity Generation V

(billion kilowatthours)
Natural Gas 4.54 . 4.76
Solar Photovoltaic 0.38 0.81
Wind 0.02 0.02

Nonmarketed Renewables
Consumption (quadrillion Btu) 0.03 0.03 0.03

0.48 .0.48 0.47 0.53 . 0.52 0.51 0.49
0.08 0.08 0.08 0.09 0.08 0.08 V 0.07
0.75 0.75 0.74 0.74 0.73 0.72 0.65
1.31 1.31 1.28 1.36 1.33 1.31 1.20
495 4.93 4,78 5.49 5.30 5.18 4.46
0.01 0.01 0.01 0.01 0.01 . 0.01 0.01
0.44 0.44 0.43 0.42 0.40 0.40 0.37
4.95 4.94 4.40 5.53 5.25 5.06 4.30

11.66 11.63 10.91 .12.81 12.30 11.97 10.34
. 10.59 10.57 9.42 11.66 11.08 10.72 9.06
22.25 22.20 2033 24.47 23.39 22.69 19.41

100.5 100.2 94.0 99.2 95.3 92.7 80.1

0.02 0.02 0.02 0.03 0.04 0.04 0.03

0.09 0.09 0.09 0.09 0.09
0.05 0.05 0.05 0.05 0,05
.0.02 0.02 0.02 0.02 0.02
0.38 0.42 0.41 0.41 0.45
0.10 0.10 0.10 0.10 0.10
0.84 0.68 0.68 0.67 0.71
3.00 3.50 3.47 . 3.41 3.29
0.08 0.08 0.08 0.08 0.08
0.13 0.13 0.13 0.13 0.13
4.58 5.95 5.67 5.39 4.90
8.43 10.34 10.03 9.69 9.11
9.80 12,56 11.96 11.38 10.34

18.23 22.90 21.98 21.06 19.45

107.0 115.9 112.3 108.5 102.1

852 665 671 672 V 908 1106 1325 V 1452
505 505 505 506 789 860 902 1013

18 18 19 V 21 45 71 118 254 V

0.09
0.05
0.02
0.38
0.10
0.63
3.03
0.08
0.13
4.69
8.56

10.03
18.59

108.6

4.79 4.83 4.84 6.53
0.81 0.81 0.81 1.27
0.02 0.03 0.03 0.06

8.00 9.59 10.52
1.41 1.48 1.66
0.10 0.17 0,36

0.03 0.03 0.030.03 V 003 0.03

1lncludeswdod used torresidential heating. See Table A4and/orTabteAl 7 forostimates of noninerketed renewable energyoonsumption forgeothormal heatpurnps, solarthermal
V hot water heating and solar pholovoltalo.electriclty generatIon. V

2lncludes ethanol (blends 0110 percent or less) Vend ethers blended Into gasoline. V V

3lncludeu commercial sector consumption of wood and wood waste, landfill gas, blogenlo municipal waste, and other blomasS for combined heat and power.
Btu British thermal unit. . V V V

Notw Totals may not equal sum 01 components due to Independent rounding. Data for 2006 are model renults end may dilter slightly from olticial EtA dale reports. Side oases
woro run without the fully integrated modeling system, so not all teedbacks are captured. The reference ease ratio of electricity losses to electricity use was used to compute electricity
tosses for the technology cases,

Sourca: Energy Intormation Administralion, AE02008 National Energy Modeling System, rune BLOFRZN.DO304O8A, AE02008.D030208F, BLD1IIGH.0030408A, and
BLDBEST.DG3O4OSA. V V V
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Results from Side Cases

2030 Annual Growth 2006.2030 (percent)

Technology Reference Techn~logy Techno~gy Technology Reference Techn~iogy Techno~gy

0.58 0.55 0.54 0.50 0.9% 0.7% 0.6% 0.3%
0.09 0.08 0.08 0.05 0.7% 0.5% 0.1% -1,4%
0.69 0.65 0.63 0.55 -0.1% -0.3% -0.5% -1.1%
1.35 1.29 1.24 1.10 0.3% 0.1% ‘0.0% -0.5%
5.72 5.32 5.04 3.96 1.0% 0.7% 0.5% -0.5%
0.01 0.01 0.01 0.01 -0.1% -0.4% -0.5% -0.6%
0.40 0.38 0.36 0.33 -0.1% -0.3% -0.5% -0.9%
6.30 5.88 5.58 4.59 1.3% 1.0% 0.8% -0.0%

13.78 12.88 12.24 9.99 1.0% 0.7% 0.5% -0.3%
13.01 12.14 11.53 9.49 1,1% 0.8% 0.6% -0.2%
26.78 25.01 23.77 19.48 1.1% 0.8% 0.6% .0.3%

98.0 91.6 87.0 71.1 0.1% -0.2% -0.4% -1.2%

0.05 0.07 0.07 0.08 4.2% 5.9% 6.2% 6.7%

0.09 0.09 0.09 0,09 0.6% 0.6% 0.6% 0.6%
0.05 0.05 0.05 0.05 0.4% 0.4% 0.4% 0.4%
0.02 0.02 0.02 0.02 0.2% 0.2% 0.2% 02%
0.42 0.41 0.41 0.48 0.0% -0.0% -0.1% 0.6%
0.10 0.10 0.10 0.10 -0.4% -0.4% -0.4% -0.4%
0,69 0.68 0.68 0.75 0.1% 0.0% -0.0% 0.4%
3.81 3.78 3.75 3.62 1.1% 1.1% 1.1% 0.9%
0.08 0,08 0.08 0.08 -0.1% -0.1% -0.1% -0.1%
0.13 0.13 0.13 0.13 0.0% 0.0% -0.0% 0.0%
7.07 6.62 6.17 5.38 2.0% 1.7% 1.4% 0.8%

11.79 11.30 10.81 9.95 1.5% 1.3% 1.1% 0.8%
14.61 13.68 12.73 11.11 1.7% 1.5% 1.2% 0.6%
26.40 24.98 23.56 21.06 1.6% 1.4% 1.1% 0.7%

117.0 112.2 107.3 98.8 0.2% 0.1% -0.1% -0.5%

1462 2621 - 3631 4720 3.6% 6.1% 7.6% 8.8%
1098 1700 2235 4628 6.5% 8.4% 9.7% 13.1%

168 239 588 2249 9.8% 11.4% 15.7% 22.3%

10.53 19.02 26.37 3429 36% 6.2% 7.6% 8.8%
1.75 2.84 3.73 7.73 6.6% 8.7% 10.0% 13.4%
0.24 0.35 0.84 3.08 10.2% 11.9% 16.0% 22.5%

0.03 0.04 0.04 0.07 1.1% 1.7% 2.2% 4.0%
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Results from Side Cases

Table D2. Key Results for lndustrial.Sector Technology Cases, Excluding Refining
20302020

I High 2008 I Reference I Highconsumption 2006 .2008 ~ ~c~~og1echnoiogy1 Reference frechnology echnologyj frechnology2008 i
jtechnologyl Refere.nce

Value of Shipments
(billion 2000 dollars)
Manufacturing 4290 4577 :4577 .4577 5493 . 5493 5493 .. 6283 6283
Nonmanufacturing 1531 1419 1419 1419 . 1619 1619 .1619 1715 1715

Total 5821 5997 5997 5997 7113 7113 7113 7997 7997

6283
1715
7997

Energy Consumption excluding Refining2 .

(quadrillion Btu) .

Liquefied Petroleum Gases 2,08 2.15 2~08 2.02 207 1.80 1.59 1.99 1,70
Heat and Power 0.16 0.17 0.17 0.17 0.18 .0.16 .0.16 0.18 0.16
Feedstocks 1.91 1,98 1.92 1,86 1.90 1.64 1.43 1.82 1.55

Motor Gasoline 0.38 0.38 0.38 0.37 0.40 0.37 0.34 0.42 0.38
Distillate Fuel Oil 1.28 1.31 1.29 1.27 1.34 . 1.23 . 1.14 1.39 1.23
Residuol Fuel Oil 0.27 0.29 0.28 0.27 0.27 0.22 0.21 0.27 0.21
Petrochemical F.eedstocks 1.41 1.38 . . 1.36 1.35 1.45 1.39 1.34 1.37 1.29
Petroleum Coke :,.,,.,.,..,,.,,,‘‘‘ 0.36 ~0.35 0.34 0.34 .0.38 0.31 0.29 0.39 0.30
Asphalt and Road Oil 1.26 . 1.25 .1.22 1.19 1.27 1.08 .0.93 1,36 1.13
Miscellaneous Petroleum2 0.56 0.41 ~0.39 0.38 0.46 0.33 0.31 0.44 . 0,29

Petroleum Subtotal 7.60 7.53 7.34 7.20 7.65 6.73 6.14 7.63 6.55
Natural Gas Heat 2nd Power 5.01. 5.30 5.12 5.10 .6.05 . 5.22 5.13 6.16 5.22
Natural Gas Feedstocks 0.57 . 0.56 0.54 0.52 0.55 . 0.46. 0.40 . 0.48 0.39.
LeBse and Plant Fuel2 .....,, 1.17 1.21 1.21 1.21 1.25 1.25 1.25 1.27 1.27

Natural Gas Subtotal 6.74 7.08 6,86 6.83 7.85 6.93 6.78 7.90 6.88
Metallurgical Coal and Coke4 0.66 0.64 0.63 0.61 0.63 0.57 0.49 0.60. 0.52
Other Industrial Coal 1.20 1.26 1.25 1.24 1,23 1.14 1.10 1.23 1.12

Coal Subtotal 1.86 1.90 1.87 . 1.85 1,86 1.71 1.59 1.82 1.64
Ranewablos5 1.69 1.66 1.66 1.68 1.79 1.83 1.91 1.92 2.02
Purchased Electtidty 3.27 3.40 . 3.35 3.30 3.67 . 3.42 3.26 3.73 . .335
Delivered Energy 21.17 . 21.57 .21.09 20.86 22.81 20.62 19.68 23.00 20.44

Electricity Related Losses 7.13 7.28 7.17 7.06 7.73 7,22 6.87 7,70 6.92
Total 28.85 28.27 27.92 .30.54 27.84 . .28.55 30.7.0 27.35

Delivered Energy Use per Dollar
of Shipments
(thousand Stu per 2000 dollar) 4.31

Onsite IndustrialCombined Heat and
Power

4.38 4.31 4.27 4.06 3.75 3.62 3.79

1.48
0.15
1.34
0,35
1.11
0.20
1.23
0.27
0.92
0.26
5.82
5.07
0.33
1.27
6.66
0.42
1.07
1.49
2.17

19.22
6.36

25.58

3.46 3.31

Capacity.(gigawatts) .., 25.69 28.0.5 . 28.11 28.28 . 36.43 .36.84 37.90 43.57 44.85 47.23
Generation (billion kllowatthours) 139.50 155.16 155.59 156.67 218.02 .220.78 227.59 272,50 281.41 296.46

1Fuel consumption includes energy for combined heat and power plants, except those whose primary business is to sell electricity, or electricity and heat, to the public.
2includes lubricants arid miscellaneous petroleum products.
°Ftepresents natural gas used in the held gathering and processing plant machinery.
4includes nat coal coke Imports..
‘Includes consumption of energy from hydroelectric, wood and woodwaste, biogenic municipal waste, and other biomass.
Btu = British thermal unit,
Note: Totals may not equal sum of components due to Independent rounding. Data for 2006 are nodal results and may difter slightly from official EIA data reports. Side cases

were run Without the fully Integrated modeling system, so not all potential feedbacks were captured. The reterence case ratio of electricity losses to electricity use was used to
bompute electricity losses for the lechnology cases. - . .

Source: Energy Information Administration, A50200s National Energy Modeling System sins INDFFtZN.0030608A, AEO2008.D030206F, and IND1-IIGH.D03220aA.
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Results from Side Cases

Table D3. Key Results for Transportation Sector Technology Cases
2010 2020 2030

Consumption and IndIcators 2006 Hi h HI h HI h
Reference Technology Reference Technology Reference Technology

Level of Travel
(b lIon vehicle miles traveled)

Light-Duty Vehicles less than 8,500 2693 2777 2777 3375 3379 4069 4074
Commercial Light Trucks’ 70 73 73 87 87 101 101
Freight Trucks greater than 10,000 235 250 250 304 304 351 351

(billion seat miles available)
Air 994 1130 1130 1457 1457 1685 1865

(billion ton miles traveled)
Rail 1656 1702 1703 1932 1933 2147 2148
Domesto Shipping 619 643 643 701 701 721 721

Energy Efficiency Indicators
(miles per gallon)

New Light-Duty Vehicle2 26.5 27.2 27.6 35.8 36.1 36.6 37.2
New Car5 31.1 31.5 32.2 42.0 42.2 42.1 42.6
New Light Truck2 23.2 23.7 24.1 31.4 32.2 32.4 33.4

Light-Duty Stock3 20.3 20.3 20.3 23,7 23.9 27.9 28.2
New Commercial LightTruck’ 15.6 15.7 16.0 19.8 20.7 20.2 21,4
Stock Commercial Light Truck’ 14.3 14.9 14.9 17.4 17.8 19.8 20.6
Freight Truck 6.0 6.0 6.1 6.5 6.7 6.8 7.2

(seat miles per gallon)
Aircraft 62.2 63.5 63.5 67.2 67.4 70.0 70.6

(ton miles per thousand Btu)
Rail 2.9 2.9 2.9 3.0 3.1 3.0 3.2
Domestic Sh pplng 2.0 2.0 2,0 2.0 2.1 2.0 2.2

Energy Use (quadrillion Stu)
by Mode

Ught-Duty Vehicles 16.41 16.52 16.48 17.10 16.98 17.52 17.37
Commercial Light Trucks’ 0.62 0.62 0.61 0.63 0.62 0.64 0.62
Bus Transportation 0.26 0.26 0.26 0.27 0.26 0.29 0.27
Freight Trucks 4.89 5.18 5.15 5.85 5.66 6.44 6.14
Rail, Passenger 0.04 0.05 0.05 0.05 0.05 0.06 0.06
Rail, Freight 0.57 0.58 0.58 0.65 0.63 0.72 0.67
Shipping, Domestic 0.32 0.33 0.32 0.35 0.33 0.36 0.33
Shipping, International 0.78 0.79 0.79 0.79 0.79 0.80 0.80
Recreational Boats 0.24 0.25 0.25 0.28 0.28 0.30 0.30
Air 2.65 2.90 2.90 3.61 3.60 4.22 4.18
Military Use 0.69 0.73 0.73 0.73 0.73 0.76 0.76
Lubricants 0.15 0.14 0.14 0.14 0.14 0.15 0.15
Pipeline Fuel 0.59 0.64 0.64 0.69 0.69 0.72 0.72

Total 28.20 28.98 28.91 31.15 30.77 32.98 32.37
by Fuel

Liquefied Petroleum Gases 0.02 0.02 0.02 0.01 0.01 0.01 0.01
E854 0.00 0.00 0.00 0.97 0,98 1.34 1.35
Motor Gasoline2 17.20 17.25 17.21 16.56 16.42 15.97 15.78
Jet Fuel’ 3.16 3.44 3.44 4.15 4.14 4.79 4.75
Distillate Fuel Oii~ 6.18 8.54 8.51 7.83 7.39 8.98 8.60
Residual Fuel Oil 0.83 0.85 0.85 0.86 0.85 0.87 0.88
Liquid Hydrogen 0.00 0.00 0.00 0.00 0.00 0.00 0.00
Other Petroleum’ 0.18 0.17 0.17 0.18 0.18 0.18 0.18

Liquid Fuels and Other Petroleum 27.57 28.29 28.21 30.37 29.98 32.15 31.54
Pipeline Fuel Natural Gas 0.59 0.64 0.64 0.69 0.69 0.72 0.72
Compressed Natural Gas 0.02 0.04 0.04 0.07 0.07 0.08 0.08
Electilcity 0.02 0.02 0.02 0.03 0.03 0.03 0.03

Delivered Energy 28.20 28.98 28.91 31.15 30.76 32.98 32.37
ElectrIcity Related Losses 0.05 0.05 0.05 0.06 0.06 0.06 0.08

Total 28.25 29.03 28.96 31.21 30.82 33.04 32.43

‘Commerolsi trucks 8,500 to 10,000 pounds.
5Environmentai ProtectIon Agenoy rated miles per gallon.
‘Combined car and iight truck “on-the-road’ estimate.
‘E65 refers to a bland of 85 percent ethanol (renewable) end 15 percent molor gasoline (nonrenewable). To address cold starting Issues, the percentage 01 ethanol varIes

seasonally. The annual average ethanol content ol 74 percent is used for this forecast.
‘includes ethanol (blends of 10 percent or less) and ethers blended into gasoline.
‘includes only kerosene type.
‘Diesel fuel for on- and off- road use.
‘Includes aviation gasoline and lubrIcants.
Btu British thermal unit.
Note: Totals may not equal sum of components due to independent rounding. Data for200S are model results end may dilier slightly from oFficial EIA data reports. Side cases

were run without the fully integrated modeling system so fbi au polenlial feedbacks were captured. The reference case ratio of electrIcity losses to electricity use was used to
compute electricity losses for the technology cases,

Source: Energy information Administration, AE02008 National Energy Modeling System runs AE02008.D030208F, and TRNHIGH.0031408A.

Energy Information Administration/Annual Energy Outlook 2008 173

000641



Results from Side Cases

Energy Con sumption by Fuel
(quadrillion Btu)

Liquid Fuels and Other Potroleum5 .. , 40.06 40.69 40.46 40.24 43.2.5 42.24
Natural Gas 2230 24,44 23.93 23.66 25.24 2401
Coal 22.50 23.06 . 23.03 23.01. 28.11 25.87
Nuclear Power 8.21 8.31 8.31 8.31 . 8.98 9.05
Renewable Energy4 6.27 7,42 7.4~ 7.39 9.52 9.50
OtherG 0.19 .0.19 0.18 0.18 0.18 0.17

Total 99.52 104.11 103.34 102.82 116.28 110.85

Energy Intensity (thousand 6tu . .

per 2000 dollar of GDP) 8.79 8.37 8,30 8.25 . 7.22 6.93

Carbon Dioxide Emissions by Sector
(million metric tons) . -

Residential 338 356 355 354 385 374
Commercial . 213 215 215 215 ?42 241
Industrial’ 1010 1074 1052 1044 1173 1069
Transportation , . 1985 . 1975 1976 1971 2074 2072
Electric Power6 2344 2429 2413 2404 2827. 2627

Total 5890 6049 6011 5987 6701 6384

Carbon Dioxide Emissions by Fuel ~. .

(million metric tons) .

Petroleum 2581 2565 2555 2546 2692 2650
Natural Gas 1163 1282 1256 1243 1325 1262
Coal 2134 2190 2188 2186 . . 2671 2459
Other7 12 12 . . 12 12 12 12

Total . 5890 6049 6011 5987 6701 6384

Carbon Dioxide Emissions
(tons per person) 19.6 19.5 19.3 19.3 19.8 . 18.9 18:3 . 20.1

tlncludes energy for combined heat and power pients, except those whose primary bushiess is to sail electricity, or electricity and heat, to the public.
6lnciudes electricity.oniy and combined heal and power piants.whose primary business is to soil eleotriciiy, or electricity and heat, to the public.
°lnoludes petroleum-derived lusts and non-petroleum derived fuels, such as ethanol and bioctiesei, Petroleum coke, which Is a solid, is included. Also Included are natural gas

plant liquids, crude oil consumed as a tuel, end liquid hydrogen. . .

4lncludes grid-connected electricity from conventional hydroeleCtric; wood and wood waste; lanritili gee; municipal waste; other biornaas; wind; photovoltsic end solar thermal
sources; end non-electric energy from renewsbie sources, such as active and passive solar systems, and wood; and both the ethanol and gasoline components of E85, but not the
ethanol component of blonds less than 85 peroent. Excludes electricity imports using renewObla souroea end noninarketed renewable energy.

6inciudes non-biogenic municipal waste and net electricity Imports.
6includos electricity-only and combined heat and power plants whose primary business is to sell electricity, cr electricity and heat, to the publIc. Does not Include emissions from

the nonbiogenic component of municipal Waste beoeuse under international guidelines these are accounted for as waste, not energy.
7lnoiudes emissions from geothermal power end nonbiogenic emissions from municipal solid waste.
Etu = British thermal unit, . . . . .

GDP = Gross domestic product.
Note: Includes end-use, fossil electricity, and renewable technology assumptions. Totals may not equatsum of components due to. Independent rounding. Date tor 2008 are

model results and may differ slightly from official EIA data reports. . : .

Source: Energy Information Administration, AEO2008 National Energy Modeling System runs HTECHCOST.D031408A, AE02008.D03020aF, and LTECHCOST.D032208A.
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Table D4. Key Results for Integrated TechnologyCas~s.

consumption and Emissions 2006 2008 2010- High. [ 2008 2020 I High 2008 2038 ‘ High

. . . . . . ~echnology1 Reference lrechnologylrechltologyl Reference jrechnology echnology1 Reference

Energy Consumption by Sector
(quadrilllort Btu)

Residential 10.77 11.73 11.60 11.64 12.79 12.30 12.00 . 13.73 12.88 12.29
Commercial 8.25 8.66 8.62 8.57 10.30 10.03 9.73 11.69 11.30 10.88
Industrial’ 25,10 26.30 25.82 25.58 28.96 26.70 25.79 30.15 27.70 26.57
Transportation .......,.., 28.20 28.98 2898 28.92 31,18 31.15 30.80 33.00 32.98 32.44
Electric Power° 39.68 41,77 41.46 41.23 . 47.34 45.21 43.63 52.40 49.21 45.79

Total 99.52 104.11 103.34 102.82 ~. 115.28 110.85 107.94 123.83 118.01 112.79

41.30 45.16 43.99 42.68
23.10 . 24,96 23.39 22.19
24.82 33.61 .29.90. 28.00

9.15 . .8.85 957 8.99
9.39 11.02 10,97 10.75
0.17 0.23 . 0.20 0.18

107.94 123.83 118.01 112.79

6.74 6.14 5.84 5.57

367. 396 372 354
238 259 258 257

1032 1193 1086 1038
2047 2188 2188 2149
2509 3299 2948 2746
6193 7335 6851 6543

2607 2816 2767 . 2701
1216 1312 . 1231 1169
2359 3194 2841 . .2661

12. 12 - 12 12
6193 7335 - 6851 6543

18.7 17.9
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Results from Side Cases

Table D5. Key Results for Advanced Nuclear Cost Cases
(Gigawatts, Unless Otherwise Noted)

2010 2020 2030
Net Summer Capacity, Generation, 2000 HIgh Low High Low High Low

Emissions, and Fuel Prices Nuclear Reference Nuclear Nuclear Reference Nuclear Nuclear Reference Nuclear
Cost Cost Cost Cost Cost Cost

Capacity
Coai 3098 316,0 316,0 316.0 343.8 343.1 341.5 415.1 406.1 389.8
Oil and Natural Gas Steam 119.7 118.4 118.4 118.4 92.8 93.3 91.4 92.4 92,9 89.9
Combined Cycle 176.5 190.0 190.0 190.0 196.8 196.7 196.8 213.5 210.0 208.4
Combuslion Turbine/Diesel 130.9 137.4 137.4 137.4 132.1 132.1 132.0 162.9 164.7 162.3
Nuclear Power 100.2 100.9 100.9 100.9 108.9 110.9 113.6 104.4 114.9 136.6
Pumped Storage 21.5 21.5 21.5 21.5 21.5 21.5 21.5 21.5 21.5 21.5
Fuel Cells 0.0 0.0 0.0 0.0 0.0 0.0 0.0 0.0 00 0.0
RenewableSourcos ,,......., 963 111.6 111.6 111.6 123.6 123.6 123.5 133.1 132.5 131.2
Distributed Generation (Natural Gas) ...,, 0.0 0.3 OS 0.3 2.6 2.7 2.7 9.1 9.8 9,7
CombinedHoatandPowor’ 27.9 30.7 30.7 30.7 40.5 40.4 40.5 51.8 51.8 52.4

Total 982.9 1026.7 1026.7 1026.7 1062.5 1084.2 1063.5 1203.8 1204.2 1201.8

Cumulative Retirements 0.0

Generation by Fuel (billion kilowatthours)
Coal 1966 2034
Petroleum 59 50
Natural Gas 732 821
Nuclear Power 787 797
Pumped Storage 0 1
Renewable Sources ................., 351 424
Distributed Generation 0 0
Combined Heat and Power1 152 169

Total 4047 4294

Carbon Dioxide Emissions by the Electric
Power Sector (million metric tons)1

Petroleum 55 43 43 43
Natural Gas 340 366 365 366
Coal 1938 1992 1993 1992
Other1 12 12 12 12

Total 2344 2413 2413 2413

Prices to the Electric Power Sector2
(2006 dollars per mIllion Btu)

Petroleum 9.63 10.80 10.79 10.79 8.58 8.57 8.57 10.38 10.37 10.29
Naturai Gas ....,.,...., 6.87 6.97 6.96 6.97 5.95 5.95 5.92 6.95 6.93 6.85
Coal 1.69 1.84 1.84 1.84 1.72 1.72 1.72 1.80 1.78 1.76

‘includes combinod heat and powerpianin and eioctricity~onlypiants in commercial and Industrial sectors. Includes smalion-sito generating systems in the residontial, commercial
and industrial sectors used primarily for own~use ganeratlon, but which may also soil some power to ho grid. Excludes oit.grid photovoltaics and oihor generators not connocled
to the distribution or transmission systems.

1includos olectriclty.oniy and combined host and power plants whose primary businoss to sell electricity, or electricity and heat, to the public.
1lnciudes emissions from geothermal power end nonbiogonic emissions trom municipal wasto,
Blu British thermal unit,
Note: Totals may not equal sum oi components due to independent rounding. Data br 2006 are model results and may ditlor slightly 1mm officIal EIA data reports.
Source: Energy informalion Administration, AEO200a National Energy Modeling Syslom runs HCNU006.D030308A, A002008.D030208F, and LcNucoa.Do3o3oaA,
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Cumulative Additions
Coal 0.0 7.7
Oil and Natural Gas Steam 0.0 0.0
Combined Cycle 0.0 13.5
Combustion Turbine/Diesel 0.0 7.2
Nuclear Power 0.0 0.0
Pumped Storage 0.0 0.0
Fuel Cells 0,0 0.0
Renewable Sources 0.0 15.2
DIstributed Generation 0.0 0.3
Combined Heat and Power1 0.0 2.9

Total 0.0 46.7

7,7 7.7
0.0 0.0

13.5 13.5
7.2 7.2
0.0 0.0
0.0 0.0
0.0 0.0

15.3 15.3
0.3 0.3
2.9 2.9

46.8 46.8

37.7 37.0 35.5 109.2
0.0 0,0 0.0 0.0

20.3 20.2 20.3 36.9
10.5 10.5 10.3 42.0
6.0 8.0 10,7 6.0
0.0 0.0 0.0 0.0
0.0 0,0 0.0 0.0

27.3 27.3 27.2 36.8
2.6 2,7 2,7 9.1

12.6 12.5 12.7 23.9
117.0 118.2 119.3 264.0

100.2 83.8
0.0 0.0

33.4 31.8
43.4 41.9
16.6 38.2

0.0 0.0
0.0 0.0

36.2 34.9
9.8 9.7

23.9 24.6
263.5 264.8

3.6 3.6 3.6 40.0 39.5 41.4 45.7 44.8 48.6

2034 2034
50 50

820 820
797 797

1 1
424 424

0 0
169 169

4294 4294

2332 2319 2310 2856
53 53 53 57

724 722 710 610
854 868 888 837

1 1 1 1
521 522 523 557

1 1 1 3
238 238 239 313

4723 4723 4724 5234

45 45 45 48
324 323 318 275

2259 2247 2241 2675
12 12 12 12

2641 2627 2616 3010

2787 2656
57 56

599 574
917 1082

1 1
558 554

4 4
313 317

5235 5243

48 47
272 253

2615 2515
12 12

2948 2837



Results from Side Cases

Table.D6. . Key Results for Electric Power Sector Fossil Technology Cases
~ (Gigawatts, Unless Otherwise Noted)

~ 2006 2010
2020 2030

.. V V Cost . Cost Cost COS~. Cost

Net summer Capacity, Generation II Reference Low Fossii 1gb Fossil Low Fossil
Consumption, and Emissions gb Fossil1 i~eference ILow Fossil Igh Foss

~ Cost

• Capacity
Pulverized Coal 309.3 315.5 315.5 315.5 341.5 338.2 325,3 397.5 376.1 .. 331.7
Coat Gasification Combined-Cycle 0.5 0.5 0.5 31 4.8 17.6 . 4.7 30,0 94.6
Conventional Natural Gas Combined-Cycle 176.5 •~ 190.0 1900 1.90.0 192.3. 192.1 192,1 194.6 .192.1 192.1
Advanced Natural Gas Combined-Cycle 0.0 . 0.0 V 0.0 .0.0 . 0.5 4.6 . 8.7 0.9 .17.9 37.4
Conventional Combustion Turbine 130.9 136.6 136.5 136.5 128.2 . 127.9 127,7 132.1 128.4 125.7
Advanced Combustion Turbine 0.0 0.8 0.9 . 0.9 7,9 4.2 3.1 37.9 36,3 25.8
Fuel Cells 0.0 V 0.0 0.0 0.0 0.0 . 0.0 0.0 0.0 0,0 0,0
Nuclear 100.2 100.9 100.9 .100.9 111.2 110.9 109.9 121.5 114.9 105.4
Oil and Natural Gas Steam 119.7 118,4 118.4 118.4 91.3 93.3 94.6 90.9 92.9 92.6
Renewable Sources/Pumped Storage 117.8 133.1 133.1 133.1 .145.5 l45.1 144.4 .154.1 154.0 150.8
Distributed Generation.......,,....~,,..., 0.0 .0.3 V :0,3 0.3 2.7 2,7 1.5 12.6 9.8 5.7
ComblnedHeatandPowor1 ,.,.,,., 27.9 30.7 30.7 30.7 40.6 40.4 40.5 52.1 51.8 51.0

Total 982.9 1026.7 1026.7 1026.7 1085.0 1064.2 1065.4 1198.9 1204.2 1212.8

Cumulative Additions .

Pulverized Coal 0,0 . 7.7 7,7 7.7 36.0 32.7 19.8 92,2 70.7 26.4
Coal Gasification Combined-Cycle 0.0 0.0 . 0.0 0,0 2.5 4.3 17.1 4.2 29.5 94.1
Conventional Natural Gas Combined-Cycle 0.0 13.5 13.5 13.5 15.8 l5.5 15.5 17.9 V 15.5 . 16.5
Advanced Natural Gas Combined-Cycle 0.0 0.0 0.0 0.0 0.5 4.6 8.7 0.9 17,9 37.4
Conventional Combustion Turbine 0.0 6,4 .6.3 .6.3 6.9 6.4 6.3 10.7 7.1 6.3
Advanced Combustion Turbine 0.0 0.8 0.9 0.9 7.9 4.2 3.1. 37.9 36.3 25.8
Fuel Cells 0.0 0.0. .0.0 0.0 0.0 0.0 0.0 0.0 0.0 . 0.0
VNulr ,,,,,,,,,,,.,, .,.; 0.0 0.0 V 0.0 V V 0.0 8.4 8.0 7.0 23.1 16.6 7.0
Oil andNatural GasSteam , 0.0 . . 0.0 . 0.0 0.0 0.0 0.0 0.0 00 0.0 . 0.0
Renewable Sources 0.0, 15.3 V 15.3 15.3 27.7 • 27.3 26.6 . 36.3 36.2 33.0
Distributed Generation.............,,,,, V 0.0 . 0.3 0.3 ‘ 0.3 2.7 2.7 1.5 12.6 9.8 5.7
Combined Heat and Power1 .0,0 V V.2,9 .2.9 2.9 . . 12.8 12.5 12.6 24.2 23.9 23.1

Total 0.0 46.8 46.8 46.8 121.2 118.2 . 118.2 260.1 263.5 274.4

Cumulative Retirements . 0.0 . . 3.6 3.6 3.6 41.8 39.5 38.3 46.8 44.8 47.0

Generation by Fuel (billion kllowatthours)
Coal 1966 2034 2034 2034 2334 2319 2319 2749 V 2787 2917
Petroleum 59 . 50 50 50 53 53 V 51 58 57 : 52
Natural Gas ..........;........,..,, 732 820 . 820 820 704 722 733 575 599 . 588
Nuclear Power ............,.,........,, 787 797 797 797 871 868 861 967 V 917 845
Renewable Sources/Pumped Storage,,.., 351 425 425 425 . 523 523 524 658 559 553
Distributed Generation 0 0 0 .0. 1 . I 1 4 2
Combined Heat and PoWer1 152 169 169 . 169 240 238 238 315 313 308

Total . . 4047 4294 4294 4294 . 4727 4723 . 4727 6225 5235 5266

Fuel Consumption by the Electric Power V . . .

Sector (quadrillion Btu)2 .

V Coal 20.48 . 21.01 . 21.01 21.01 23.84 23.67 23.54 27,45 27.55 27~62
Petroleum 0.64 0.56 0.56 0.56. 0.59 0.59 0.57 0,63 0.63 0.59
Natural Gas ...,.,,,.,.,......,..,,,,,, 6.42 6.89 6.89 6.89 599 6.09 6,12 5.06 5.13 V 4.83
Nuclear Power 8.21 8.31 8.31 8.31 9.08 9.05 8.98 10.08 9,57 8.81
Renewable Sources 3.74 4,52 4.53 4.52 5.66 5.64 5,66 6.10 6.13 6.06

Total 39.62 41.42 41.41 41.41 45.29 45.16 45.00 49.46 49.13 48~04

Carbon Dioxide Emissions by the Electric
Power Sector (million metric tons)2 V

Coal 1938 . 1992 1993 1992 226a 2247 2235 2608 2615 . 2623
Petroleum ,...,....,,,.,.,•.,,,,..,,,,., ~ ~ 43 43 45 45 44 49 48 45

Natural Gas 340 366 365 366 318 . 323 328 268 . 272 256
Other1 12 12 12 12 12 12 12 12 12 12

Total 2344 2413 . 2413 V 2413 2639 . 2627 2616 2938 2948 2937

1lnciudes combined heat and power plants and electricity-only plants In the commercial and Industrial sectors. Includes small on-site generating systems in the residaritlel,
commercial, and industrial seCtors used primarily for own-use generation, but whIch may also sell some powerto the gild. Excludes oil-grid pholovoltaics and other generators not
connected to the distribution or transmission systems. V

2includes eleclrlclty-only and combined heat and power plants whose primary business to sell electricity, or electricity and heat, to the public.
2lncludes emissions trom geothermal power and noriblogenlo emissions from municipal waste,
mu British thermal unit.
Note: Totals may not equal sum ot components due to independent rounding, Data for 2006 are model results and may dutter slightly from official EIA data reports.
Source: Energy Intormatlon AdminIstration, A602008Natlonal Energy Modeling System runs HCFOSSO8.D03o3064, AEO200B.D0302O8F, and LCFOSS08.DO3O308A.
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Results from Side Cases

Table D7. Key Results for Renewable Techno’ogy Cases
2010 2020 2030

Capacity, Generation, and Emissions 2006 High Low High Low High Low
Renewable Reference Renewable Renewable Reference Renewable Renewable Refererice Renewable

Coat Cost Coat Cost Cost Cost

Net Summer Capacity (gigawatts)
Electric Power Sector1

Conventional Hydropower 76.72 76.73 76.73 76.73 77.35 77.26 77.13 77.35 77.32 77.32
Geothermal2 2.29 2.50 2.50 2.50 3.15 3.28 3.26 4.06 4.18 3.96
Municipal Waste3 3.39 3.99 3.99 3.92 4.06 4.02 3.96 4.07 4.06 3.97
Wood and Other Blomass4 2,01 2.20 2.20 2.20 4.56 4.39 4.53 5.33 5.58 6.48
Solar Thermal 0.40 0.54 0.54 0.54 0.82 0.82 0.82 0.86 0.86 0.86
Solar Photovoltaic 0.03 0.07 0.07 0.07 0.22 0.22 0.22 0.39 0.39 0.39
Wind 11.50 25.61 25.61 25.61 31.53 33.64 36.92 36.57 40.15 43.80
Total 96.34 111.63 111.63 111.57 121.68 123.62 126.83 128.63 132.54 136.77

End-Use Sector5
Conventional Hydropower 0.70 0.70 0.70 0.70 0.70 0.70 0.70 0.70 0.70 070
Geothermal 0.00 0.00 0.00 0.00 0.00 0.00 0.00 0.00 0.00 0.00
Municipal Waste8 0.35 0.35 0.35 0.35 .0.35 0.35 0.35 0.35 0.35 0.35
Wood and OtherBiomass 4.64 4.87 4.89 4.95 8.32 8.57 8.95 11.97 12.60 13.13
SolarPhotovoltaic 0.27 0.67 0.67 0.70 1.01 1.13 1.23 1.39 2.80 3.97
Wind 0.04 0.04 0.04 0.04 0.07 0.09 0.11 0.19 0.26 0.33
Total 6.00 6.63 6.65 6.74 10.45 10.85 11.33 14.60 16.72 18.48

Generation (billion kilowatthours)
Electric Power Sector’

Coal 1966 2035 2034 2035 2316 2319 2315 2784 2787 2777
Petroleum 59 50 50 50 52 53 53 56 57 56
Natural Gas 732 821 820 820 128 722 720 606 599 593
Total Foss~i 2757 2905 2903 2904 3097 .3093 3088 3447 3443 3426

ConventionaicHydropower 285.07 289.47 289.47 289.47 298.51 298.00 297.16 298.72 298.53 298.35
Geothermal:, 14.84 17.52 17.52 17.52 22.95 23.96 23.80 30.13 31.05 29.32
Municipal Wasle3 13.46 18.85 18.85 18.30 19.44 19.08 18.67 19.48 19.47 18.70
Wood and Other Biomass4 10.97 21.75 22.98 22.42 86.48 77.53 68.58 92.57 82.55 71.51

Dedicated Plants 9.06 10.94 11.06 11.21 28.80 27.74 28.50 34.54 36.64 42.84
Cofiring ..............,....,... 1.91 10.80 11.92 11.22 57.68 49.79 40.07 58.03 45.91 28.68

SoiarThermal 0.49 1.15 1.15 1.15 2.04 2.04 2.04 2.18 2.18 2.18
Solar Photovoitaic 0.01 0.16 0.16 0.16 0.52 0.52 0.52 0.95 0.96 0.96
Wind , . 25.78 72.85 74.13 73.50 89.99 101.23 113.36 105.86 123.18 137.80
Total Renewable 350.62 421.75 424.27 422.53 519.94 522~35 524.12 649.91 557.91 558.82

End-Use Sector5
Total Fossil 99 115 115 115 156 157 158 201 198 200

Conventional Hydropower7 3.24 3.24 3.24 3.24 3.24 3.24 3.24 3.24 3.24 3.24
Geothermal ......,..., 0.00 0.00 0.00 0.00 0.00 0.00 0.00 0.00 0.00 0.00
Municipal Waste5 .....,........,., 2.06 2.82 .2.82 2.82 2.82 2.82 2.82 2.82 2.82 2.82
Wocd and Other Biomass 28.44 29.83 29.98 30.29 55.52 57.00 59.20 83.13 86.99 89.54
Solar Photovoltaic 0.43 1.07 1.07 1.12 1.61 1.85 2.01 2.22 4.76 6.75
Wind 0.06 0.06 0.06 0.06 0.09 0.13 0.15 0.27 0.38 0.48

Total Renewable 34.22 37.02 37.17 37.53 63.30 65.05 67.43 91.69 98.19 102.84

Carbon Dioxide Emissions by the
Electric Power Sector
(million metric tons)’

Coal 1938 1994 1993 1993 2243 2247 2246 2610 2615 2609
Petroleum ,,,.,,.,,..,.,.,.,..,,, 65 43 43 43 45 45 45 48 48 47
Natural Gas 340 366 365 366 326 323 323 275 272 270
Other° 12 12 12 12 12 12 12 12 12 12
Total 2344 2414 2413 2414 2625 2627 2626 2945 2948 2938

‘includes electricity-only end combined heat end power plants whose primary business Is to sell electricity, or electricity end heat, to the public.
5includes hydrothermal resources only (hot waler and steam).
3inciudes biogenic municipal waste, landlifl gas, and municipal sewage sludge. Incremental growth is assumed to be for landlill gas lecflities.
4inciudos projections for energy crops after 2010.
5in~iudes combined heat and poworpients and electricIty-only plants in the commercial end industrial sectors; and smell on-site generating systems Irs the residential, commercial,

end industrial sectors used primarily t or own-use generation, but which may also sell some power to the grid. Excludes oil-grid photovollaics and other generators sot connecled
to the distribution or transmission systems.

8lncludes municipaiwusla, iendtiiii gas, and municipal sewage sludge. All municipal waste is inciuded, although a portion ci the municipal waste stream contains petroleum’dsrived
plastics and other non-renewable sources.

‘Represents own-use Industrial hydroelectric power,
8inoludes emissIons from geothermal power and nonbiogenic emissions from municipai waste.
Note: Totals may fbi equal sum of components due to independent rounding. Oats for 2006 are medal results and may differ slightly Irons official EIA data reports.
Source: Energy intormation Administration, AEO200B Nelional Energy Modeling System runs HiRENCSTO8,D030408A, AEO200S.0030208F, and LORENCSTO8.D030408A.
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Results from Side Cases

Table D8. Natural Gas Supply and Disposition, Oil and Gas Technological Progress Cases
(Trillion Cubic Feet per Year, Unless Otherwise Noted)

• Supply, Disposifiop, and Prices 2006 Slow 2010 Rapid Slow 2020 Rapid Slow 2030 Rapid
Reference lrechnologyIrechnology~ Reference ~reciinoiogy

. echnologyI Reference Irochnologyjrechnoiogyl

Natural Gas Prices
(2006 dollars per million Btu)

Horny Hub Spot Price 6.73 6.94 6,90 6.86 6.13 5.95 5.69 7.72 7.22 6.66
Average Lower48 Welihoad.Price1 6.24 6.19 6.16 6.12 5,45 5.29 5.05 6.90 6.45 5.94

(2006 dollars per thousand cubic feet)
AverageLower48Welihead:Pricd1 . . 6.42 6.37 6.33 6.30 5.61 5.44 5.20 7.10 6.63 6.11

Dry Gas Production2 18.51 19.27 19.29 19.32 19.27 19.67 20.40 18.50 19.44 20.69
Lowor48Onshore 15.04 15.27 15.26 . 15,26 13.90 14.16 14.70 12.82 13.95 15.21

Associated-Dissolved 1.42 1.41 1.41 1.41 1.29 1.33 1.38 1.10 1.20 1.24
Non-Associated 13.62 13.86 . 13.85 13.84 12.61 12.83 13.32 11.72 12.76 13.97

conventional 5.14 4.82 4.81 4.80 3.59 .3.47 3.31 3.57 3.23 2.83
Unconventional 8.48 9.04 9.04 9.05 9.02 9.36 10.01 8.15 9.53 11.14

Lower48 Offshore 3.05 .3.58 3.61 3.65 4.18 4.31 4.51 3.32 3.47 3.47
Associated-Dissolved 0.62 0.72. 0.73 0.74 0.93 0.97 1.02 0.73 0,77 0.83
Non-Assooiated ....,, 2.43 2.86 2.88 2.91 3.25 3.35 3.49 2.59 2.69 2.64

Alaska 0.42 0.42 . . 0,42 0.42 1.19 1.19 1.19 2.37 2.01 2.01
Supplemental Natural Gas3 0.06 0.06 0.06 0.06 0.06 0.06 0.06 0.06 0.06 0.06

Net Imports 3.46 3.85 3.85 3.85 3.60 3.55 3.41 3.23 3.18 2.73
Pipeline4 2.94 264 2.64 2.65 1.14 1.18 .1.22 0.23 0.33 0.44
LiquefIed Natural Gas 0.52 1.21 1.20 1.20~ 2.46 2.37 2.19 3.00. 2.84 2.29

Total Supply ‘ 22.03 23.18 23.20 23.23 22.93 . .23.28 23.87 21.80 22.68 . 23.48

Consumption by Sector . .~ .

ResIdential 4.37 4.80 4.81 4.81 5.13 5,15 5.17 5.12 5.17 5.22
Commercial 2.83 2.95 2.96 2.96 .3.35 3.37 3.39 3.63 3.67 3.72
Industrial5 6.49 6.94 6.95 6.96 . . 6.88 6.93 . .6.99 6.76 ~6.87 7.02
Electric Power° .........: 6.24 6.69 6.70 6.72 5.69. 5.92 6.36 4.37 . :4,99 549
Transportation7 0.02 . 0.03 0.03 .0.03 0.07: . 0.07 0.07 0.08 0.09 0.09
Pipeline Fuel ; . 0.58 ~: 0.62 . . 0.62 . 0.62 ‘ . 0.66 . 0.67 0.62 0.68 . 0.70 0.72
Lease and Plant Fuel6 . 1.14 1.18 .1.18 1.20 . 1.22 1.25 . 1.20 1,23 1.28.

Total .,... . 21.66 .23.23 23.25 23.28 22.98 23.33 23.92 21.85 22.72 23.53

Discrepancy9 0.37 -0.05 -0.05 -0.05 -0.05 -0.05 -0.05 -0.05 -0.05 -0.04

Lower 48 End of Year Reserves 20299 219.82 220.62 221.61 ‘209.51 219.31 237.64 176.29 . 200.42 233.48

‘Represents lower 48 onShore and bttshore supplies,
2Marketed production(wet) minus extraction losses.
3Synthetio natural gsa, propane air, coke oven gas, retinerygas, biomass gas, air iniectect for Btu stabilization, and manulacturect gas commIngled and distributed with natural

gas .

4lncludes any natural gas reganified in the Bahamas and transported via pipeline to Fiorida.
‘includes energy for combined host and power pients, except those whose primary business is to eaii.eiaclricity, or electricity and heat, to the publio.
‘includes consumption of energy by alectricity’oniy and combined heat and power plants whose primary business is fossil electricity, or electricity and heat, to the public, includes

small power producers and exempt wholesale generators.
7Compressed naturalgan used as a vehicle tuel. Price inciudos estimated wotor vehicle tuei taxes and estimated dispensing costs or charges.
‘Represents natural gas used in field gathering and processing piant madhinery.
‘asiancing item. Natural gsa lost axe result ot converting tiow data measured at varying temperatures end pressures to a standard temperature and pressure and the merger

ot ditterant data roporting systems which vary in scope, format detinition, and respondent type. in addilidn, 2006 values include net storage injoctions.
Btu = British thermal unit. . . .

Note: Totals may not equal sum ot components due toindapandent rounding. Data for 2008 are model resulisand may ditter slightly trom official EIA data reports,
Sources: 2006 supplyvatues: Energy irrtormationAdnilnistration.(E1A), Natural Gas Monthly, D06/EtA-0130(2007/04) (Washington, DC, April2007); 200econsumption based

on: EtA, Annual Energy RevIew 2006, DOE/E1A-0384(2006) (Washington, DC, June 2007). ProjectIons: EtA, AE02008 National Energy Modoling System runs
OGLTECO8.D030508A, A502008.D030208F, and OGHTECOB,D030EO8A, . .
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Results. from Side Cases

Table D9. Liquid Fuels Supply and Disposition, Oil and Gas Technological Progress Cases
(Million Barrels per Day, Unless Otherwise Noted)

Supply, Disposition, and Prices 2006 Slow 2010 Slow 2020 RapId Slow 2030 RapId
ochnoiogy Reference ~echnology~echnoiogyf Reference 1fechnology~rechnology~ Reference ~rechnoiogy

Prices (2006 dollars per barrel)
Imported Low Sulfur Light Crude Oil 66.02 74.11 74.03 73.96 60.00 59.70 69.39 71.11 70.45 70.03
Imported Crude 0111 59.05 65.25 65.18 65.02 51.85 51.55 51.08 61.36 58.66 57.97

Crude Oil Supply
Domestic Crude Oil Production2 ...,,, 5.10 5.88 5.93 5.98 5.94 6.23 6.53 4.98 5.59 5,94

Alaska 0.74 0.69 0.69 0.69 0.69 . 0.70 0.70 0.29 0,30 0.30
Lower48 Onshore 2.93 3.08 . 3.10 313 3.08 3.28 3.46 2.88 3.38. 3.58
Lower48 Offshore 1.43 2.12 2.14 2.16 2.17 2.25 2.37 1.80 1.92 2.06

Net Crude 00 imports 10.09 9.61 9.60 9.58 10.01 9.75 9.53 11.50 11.03 10.78
Other Crude 00 Supply 0.05 0.00 0.00 0.00 0.00 0.00 0.00 0.00 0:00 0.00

Total Crude Oil Supply 15.24 15.49 15.53 15.56 15.95 15.98 16.06 16.48 16.63 16.72

Other Supply
Natural Gas Plant Liquids
Net Product Imports3
Reflnaty Processing Gain4
Other Supply5

1.74 1.68 1.68
2,31 1,76 1.72
0.99 1.05 1.05
0.45 1.04 1.04

1.68 1.70 1.72 1.74 1.50 . 1.57 1.61
1.70 1.39 1.37 1.29 1.38 1.26 1.13
1.05 1.00 1.00 1.01 0.98 0.99 0.99
1.04 2.00 1.97 1.98 2.44 2.41 2.44

Total Primary Supply5 20.74 21.01 21.02 21.03 22.05 22.04 22.08 22.79 22.86 22.89

Liquid Fuels Consumption by Sector
Residential and Commercial 1.07 1.08 1.08 1.08 1.12 1.13 1.13 1.11 1.12 1.12
Industrial7 5.15 5.06 5.06 5.06 4.79 4.79 4.80 4.71 4.73 4.73
TransportatIon~ 14.05 14.59 14.60 14.60 15.79 15.79 15.81 16.63 16.66 16.69
Electric Power5 0.29 0.25 0.25 0.25 0.26 0.26 0.26 0.28 0.28 0.28

Total 20.65 20.98 20.99 21.00 21.96 21.96 21.99 22.74 22.80 22.83

Discrepancy5 0.09 0.03 0.03 0.03 0.08

Lower 48 End of Year Reserves
(billion barrels)2 19.02 19.59 19.89 20.20 19.68 20.78 21.91 17.69 19.89 20.98

‘Waighlect average price delivered to U.S. refiners.
2includes tease condensate.
3includes net imports of finished petroleum products, unfinished ots, other hydrocarbons, alcohols, ethers, and blending components.
‘The volumetric amount by which total output Is greater than input due to the processing of crude oh into products which, in total, have a lower specific gravity than the crude oil

processed.
6lncludes ethanol (Including Imports), alcohols, ethers, petroleum product stock withdrawals, domestic sources 01 blending components, other hydrocarbons, blodlesel (including

imports), natural gas converted to liquid fuel, cost converted to liquid fuel, and blomass converted to liquid fuel.
eTotal crude supply plus natural gas plant liquids, other inputs, refinery processing gain, and net product imports.
°tncludes consumption for combined heat and power, which produces electricity and other useful thermsl energy.
5lncludes consumption of energy by oloctilclty-only and combinod heat and powerplants whose primary business Is to sell electricity, or electricity and host, to the public. includes

small power producers end exempt wholesale generators.
5aalanclng Item. Includes unaccounted for supply, losses and gains.
Note: Totals may not equal sum of components duo to Independent rounding. Data for 2006 are model results and may duller slightly from otticlal EIA data reports.
Sources~ 2006 product supplied data based en: Energy Information Administration (NA), Annual Energy Review 2006, DOE/EIA’0384(2006) (Washington, DC, .lune 2007).

2006 Imported low sulfur light crude oIl price: EIA, Form NA-ass, ~Monthly Foreign Crude Oil Acquisition Report.’ Other 2006 data: EIA, Petroleum Supply Annual 2006,
DOE/EtA-0340(2006)ll (Washington, DC, September 2007>. ProJeotlons~ E1A, AE02008 Nat ionsl Energy Modeling System runs OGLTECO8.D030508A, AE02008.D030206F,
end OGHTECO8.D030508A.
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Results from Side Cases

Table Dl O Natural Gas Supply and Disposition, Liquefied Natural Gas Supply Cases
(Trillion Cubiã Feet per Year, Unless Otherwise Noted) V

2010 2020 2030
Supply Dispositiop, ted Prloes 2006 Low LN.G ~eference High LNG Low LNG Reference High LNG Low LNG Reference l’~9h LNG

Supply Supply Supply Supply Supply Supply

Dry Gas Production1 18.51• .19.46 19.29 19.30 V 20.52 19.67 18.57 20.63 .. 19.44 16.86
Lower 48 Onshore ,.....,....,.., 1504 :1539 15.26 15.26. V 14.94 14.16 13.19 14.74 13.95 11.75

Associated-Dissolved 1.42 1.41 1.41 1.41 1.34 1.33 1.33 1.20 V 1.20 1.19
Non-Associated V 13.62 13.98 13.85 13.85 13.61 12.83 11.86 13.54 12.76 10.55

Conventional V~ 5.14 4.87 4.81 4.81 •V 374 V 3,47 3.11 3.53V 3.23 2.48
Unconventional 8.48 9.11 V 904 V 9.04 9.87 V V 9.36 .8.75 10.01 V ~ 8.08

Lower 48 Offshore 3.05 V 3.65 V 3.61 V 3.61 4.38 4.31 4.19 3.53 3.47 3.10
Associated-Dissolved 0.62 0.73 V 0.73 0.73 0.97 0.97 0.97 0.78 V 0.77 0.76
Non-Associated 2.43 2.92 2.88; V 2.88 3.41 3.35 3.23 2.V7~ 2.69 2.34

Alaska 0.42 0.42 0.42 0.42 1.19 1.19 1.19 . 2,37 2.01 2.01
Supplemental Natural Gas2 ,~,,,.,,, .. 0.06 V 0.06 0.06 V V 0.06 0,06: 0.06 0.06 0.06 0.06 0.06

Net Imports 3.46 3.67 3.85 3.85 2.36 3.55 5.71 1.56 3.18 8.~33
Pipeline3 2.94 2.67 2.64 2.64 1.33 1.18 0.97 0.53 V 0.33 -0.19
Liquefied Natural Gas V 0.52 . 0.99 1.20 . 1.20 V 1.03 2.37 4.74 V 1.03 .2.84 8.53

Total Supply 22.03 23.19 V 23.20 23.20 .23.28 24.35 22.26 V 22.68 25.25

Consumption by Sector •.. V V V

V Residential 4.37 4.80 .4.81 4.81 5.13 5.15 5.19 5.14 5.17 5.27

Commercial 2.83 2.95 2.96 2.96 3,35 ~ 3.40 3.65 3.67 3,77
Industrial4 6.49 6.95 6.95 V 695 V 6.87 V 6.93 7.04 V V 6.82 V 6.87 7.19
Electric POwer5 624 V 6.69: V 6.70 6.70 V V 5.65 V V 5.92 6.84 4.61 4.99 7.13

V Transportation5 V 0.02 0.03 0.03 V V 0.03 0.07 V 0.07 V 0.07 0.08 V 0.09 0.09

Pipeline Fuel .~ 0.58 V 0.62 0.62 0,62~ 0.67 .0.67 0,68 0.70 0.70 V 0.73
Lease and Plant Fuel7 VV 1.14 V V V 1.19s V~ 1.18 1.18 V 1.25 1.22 1.17 1.29 1.23 1.12

Total 21.66 23.23 23.25. 23.25’ 22.98 23.33 24.39 22.30 22.72 25.30

Discrepancy8 0.37 -0.06 -0.05 -0.05 V .0.05 . .0•05 -0.05 -0.05 -0.05 -0.04

Lower 48 End of Year Reserves 202.99. V 221.15 V 220.62 220.63 226.28 . 219.31 212.07 207.46 200.42 183.11

Natural Gas Prices V

(2006 dollars per million Otu) V V V

Henry Hub Spot Price ,,, 6.73 7.00 V V 6.90 6.90 6.18 5.95 5.51 .7.52 7.22 6.03
Average Lowar48WeNheadVPrlcaS , 6.24 6.25 .6,16 6.16 . .5,50 5.29 4.89 6.72 V 6.45

(2006 dollars per thousand cubic feet) V V V~ ~V V V~ V

Average Lower48 Weilhead Price5 .. 6.42 .6.43. V 6.33 6.34 5.56 ~. 5.44 5.03 .6.92 6.63 .5,52

Delivered PrLces V ~V V V V V V V V V V V V V V V V V V V V

(2006 dollars per thousand cubic feet) V V V V V V V V V

Residential 13.80 12.61 12.52 12,52 11.97 11.7.4 V 11.30 13.59 13.30 12.09
V V CommercialV: 11.85 11.00 : 10.91 10.91 10.43 10.20 V•~’~~ 12,07 V 11.78 V 10.59

industrial4 . ,,,,,,,,,,,V,,,,,,,, 7.89 V 7.52 V 7.43 V 743 V 6.62 V 640 V 5.98 ,~ 7,80 7.50 6.35

7.07 7.25 7.16 V .7.16 6.33 VV 6.11 574 7.13 . 6.05

Transportation45 14.71 14.09 14.01 1401 . .12.74 12.52 12.12 13~49 13.22 12.13
Average11 . 9.49 9.06 8.97 8.97 8.47 8.22 7.72 9.96 9.63 8.25

‘Marketed production (wet) minus extraction losses. V

2Synthetic natural gas, propane sir, coke oven gas, refinery gas, blomass gas, air injected for Btu stabilization, and manufactured gas commingied and distributed with natural
gas.

‘includes any natural gas regssltied in lhe Bahamas and transported via pipeline to Florida. V V

4inoiudes energy tor combined heat and power plants, except those whose primary business is to sell electricity, or electricity and best, to the public.
5includes consumption of energy by electricity.onlyand combined heat ~nd powerplanls whose primary business Is to sell electricity, or electricity and heat, to the public. Includes

small power producers and exempt wholesale generators. V V

8Compresaed natural gas used as vehicle fuel, V

7Reprosonts netural.gaa Used in field gathering and processing plant machinery. V

‘Balancing item. Natural gas lost as a result of converting how data measured at varying temperatures and pressures to a standard temperature and pressure and the merger
of different data reporting systems which very in scope, tormaf, definition, and respondent type. in addition, 2006 values include net storage inlections.

V Represents• lower 46 onshore and oilshore supplies. V

lacompressed natural gas used as avehiole fuel. Price includes estimated motor vehicle test taxes and estimated dispensing costs or charges. V

“Weighted average prices. Weights used are the sectoral consumption values secluding tssse,piant, and pipeline fuel,
LNG Liquefied natural gas.
Btu British thermal unit, V

Note: Totals may not equal sum of components due to independent rounding. Data for 2006 are model results wad may rifler sllghtiy from official ElA dale reports.
Sources: 200esuppiy valves: Energy Intormation Administration (EtA), Natural Gas Monthly, DOB/EIA-Ol 30(2007/04) (Washington, DC, April2007). 2006 consumption based

on: GA, Annual Energy Review 2006, DOEIEIA-0384(2006) (Washington, DC, June 2007), Prolectlona: EtA, AEO2008 National Energy Modeling System runs
LOLNGO8,00305066A, A502008.D030208F, end HILNGOa.D030506A. V V
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Results from Side Cases

Table Dit Liquid Fuels Supply and Disposition, ANWR Drilling Case
(Million Barrels per Day, Unless Otherwise Noted)

2010 2020 2030
Supply Disposition and Prices 2006

Reference I ANWR Reference ANWR Reference I ANWR

Crude Oil
Domestic Crude Production1 5.10 5,93 5.93 6.23 6.48 5.59 6.28

Alaska 0.74 0.69 0.69 0.70 0.95 0.30 1.01
Lower 48 States , 4.36 5.24 5.24 5.53 5.53 5.30 5.27

Net imports 10.09 9.60 9.60 9,75 9.53 11.03 10.58
Other Crude Supply2 0.05 0.00 0.00 0.00 0.00 0.00 0.00

Total Crude Supply 15.24 15.53 15.53 15.98 16.00 16.63 16.86

Other Supply
Natural Gas Plant Liquids 1.74 1.68 1.68 1.72 1.73 1.57 1.60
Net Product Imports3 ,.,.,,........,,,,,,.., 2.31 1.72 1.72 1.37 1.37 1.26 1.09
Refinery Processing Gain2 0.99 1.05 1.05 1.00 1.01 0.99 1.04
Ethanoi2 0.36 0.81 0.81 1.41 1.41 1.56 1.54
Blodiesel2 0.02 0.04 0.04 0.07 0.07 0.08 0.08
Liquids from Coai 0.00 0.00 0.00 0.15 0.13 0.24 0.20
Liquids from Bicmass 0.00 0.00 0.00 0.14 0.14 0.29 0.30
Other6 0.07 0.18 0.18 0.21 0.21 0.24 0.25

Total Primary Supply7 20.74 21.02 21.02 22.04 22.08 22.86 22.97

Liquid Fuels Consumption
by Fuel

Liquefied Petroleum Gases 2.05 2.05 2.05 1.86 1.86 1.80 1.80
E85° 0.00 000 0.00 0.67 0.67 0.92 0.90
Motor Gasoline5 ...........,.,...., 9.25 9,59 9.59 9.24 9.24 8.91 8.96
Jet Fuel’° ~. . 1.63 1.66 1.66 2.01 2.01 2.31 2.31
Distillate FudI 01121 4.17 4.40 4.40 4.91 4.91 5.53 5.53
Residuai Fuel Oil 0.69 0.70 0.70 0.69 0.69 0.70 0.70
Other12 2.86 2.58 2.58 2.58 2.60 2.62 2.67

by Sector
Residentiai and Commerciai 1.07 1.08 1.08 1.13 1.13 1.12 1.12
lndustrla[~3 5.15 5.06 5.06 4.79 4.80 4.73 4.78
Transportation 14.05 14.60 14.60 15.79 15.80 16.66 16.68
Electric Power24 0.29 0.25 0.25 0.26 0.26 0.28 0.28

Total 20.65 20.99 20.99 21.96 21.98 22.80 22.86

Discrepancy16 0.09 0.03 0.03 0.08 0.10 0.06 0.11

Imported Low Sulfur Light Crude Oil Price
(2006 dofars per barrel) 66.02 74.03 74.03 59.70 59.48 70.45 69.78
imported Crude OH Price16
(2006 dofars per barrel) 59.05 65.18 65.18 51.55 51.00 58.66 57.32
import Share of Product Suppfled (percent) 60.0 54.2 54.2 51.6 50.5 54.3 51.3
Net Expenditures for Imported Crude Oil and

Petroleum Products (billion 2006 doilars) 264.86 254.07 254.07 207.19 200.42 261,91 241.11

1includes lease condensate.
2Strateglc petroleum reserve stock edditlons plus unaccounted for crude oil and crude stock withdrawals minus crude product supplied.
1includes other hydrocarbons and alcohols.
4The volumetric amount by which total output is greater than input due to the processing ot crude of Into products which, in total, have a tower specitlo gravity than the cruds oil

processed.
5inciudes net imports.
2inciudes petroleum product stock withdrawals; domestic sources of blending components, other hydrocarbons, alcohols, and ethers.
‘Totai crude supply plus all components of Other Supply.
8E65 raters to a blend of 85 porcont ethanol (renewable) and 16 percont motor gasoline (nonrenewable). To address cold starting Issues, the percentage of ethanol varies

seasonally, The annual average ethanol content of 74 percent Is used for this forecast.
includes ethanol and ethers blended into gasoline.

15lnciudas only kerosene type.
11lnciudes distillate and kerosene.
‘2inctudes aviatIon gasoline, liquellad petroleum gas, petrochemical feedstockn, lubricants, waxes, asphalt, road oil, still gas, special naphihas, petroleum coke, crude oil product

supplied, and miscelisneous petroleum products.
13lncludes consumption for combined heat and power (CHP), which produces electricity and oihar useful thermal energy.
14tncludes consumption of energy by cioctricity-only and combIned heat and powerplants whose primary business is to sell electricity, or electricity and heat, to the public. Includes

small power producem and exempt wholesale generators.
15naianclng item, includes unaccounted for supply, louses, arid gains.
15Weighted average price dollvorod to U.S. refiners,
ANWR = Arctic National Wildlife Refuge.
Note: Totals may not equal sum of components due to Independent rounding. Dale for 2003 are model results and may ditter slightly from official EtA date reports.
Sourcea: 2006 tmported crude cli price and petroleum product supplied based on: Energy iniormation Administration (EtA), Annual Energy Revlow200S, DOE/ElA.0384(2006)

(Washington, DC, June 2007). 2008 imported low sultur light crude oil price: EtA, Form ElA-856, “Monthly Foreign Crude Oil AcquIsition Report.” Other 2006 data: EtA, Petroleum
SupplyAnnuaI200B, DOE/EIA-0340l2006)/1 (Washington, DC, September2007). Prolectione: EtA, AE02008 National Energy Modeling System runs AE02008.D030208F and
ANWR2008.D031 008A.
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Results from Side Cases

Table D12. Key Results for Coal Cost Cases
(Million Short Tons per Year, Unless Otherwise Noted)

2010 2030 Growth Rate, 2006-2030
Supply, Disposition, ~nd PriceS 2006 Low Coal Refere ~ High Coal Low Coal Reference High Coal Low Coal Reference High Coal V

V V V Cost Cost Cost Cost Cost Cost

Supply V V V V V V V

Production1 1163 1240 1215 1180 V 1620 1455 1110 1.4% 0.9% -0.2%
Appalachia . .. 392 347 340 335 365 328 309 -0.3% V -0.7% -1.0%
Interior 151 189 193 V 186 241 241 V 236 2.0% .2.0% 1.9%
West 619 703 682 659. 1015 885 V 565 2,1% 1.5% -0.4%

Waste Cool Supplied2 14 V Ii 14 16 . 8 12 V 18 -2.0% . -0.4% V 1.1%
Net Imports -15 -5 -3 0 52 78 118. -- -- --

Total Suppi? 1161 1245 1225 V 1197 1681 1545 1246 1.6% 1,2% 0.3%

Co.nsqmptlon by Sector V V V

ResidentIal and Commercial 4 4 V 4 4 4 4 V 4 -0.2% -0,2% -0.2%
Coke Plants 23 V V 21 21 21 19 18 V 18 -0.8% -0.9% -1,0%
0th Industrial4 61 60 60 59 57 58 56 -0.2% -0.2% V~0.8%

Coal-to-Liquids Heat and Power 0 V 14 9 6 63 V 35 8 - - . - - - -

Coal-to-Liquids Liquids Production 0 . 12 7 5 53 V 29 6 - - - - - -

Electric Power6 1026 1135 1125 1102 1485 1401 1155 1.5% 1.3% 0.5%
Total Coal Use 1114 . 1245 1225 1197 1681 1545 1246 1.7% 1.4% 0.5%

Average Minemouth Price6 V . V

(2006 dollars porshort ton) 24.63 19.64 23.38 28,25 13.13 23.32 44.23 -2.6% . -0.2% V 2,5%
(2006 dollars permlllion Btu) 1.21 0.98 ‘1.17 1,41 .0.67 .1.19 . 2.21 V -2.4% -0,1% 2.5%

Delivered Prices7 . V V V

(2006 dollars per short ton) .

Coke Plants 92.87 8~.67 92.85 105.20 65.65 94.68 131,91 -1.4% 0.1% 1.5%
Other Industrial4 51.67 - 45.43 49.16 54.03 38.70 49.91 69.85 -1.2% -0.1% 1.3%
Coal to LIquids. - - 15.03 14.44 17.29 .. 12.42 20.60 32.23 - - . V~ ~V - -

ElectrIc Power6 V

(2005 dollars per short ton) ~ 33,85 30.75 34.24 38.95 25.22 35.03 54.10 -1.2% 0.1% 2.0%
V (2006dollarspermiliion Btu) 1.69 1.56 1.74 V 1.97 . 1,28 1.78 2.69 -1.1% 0.2% 2.0%

Average. 36.03 32.00 35.71 . 40.63 25.24 35.70 55.68 . -1.5% -0.0% 1,8%
Exports8 70.93 64.55 71,83 79,72 55.19 79.44 95,10 -1.0% 0.5% l.?%

Cumulative Electricity Generating V

Capacity Additions (gigawatts)9 V V

Coal ..,,......,......,...,.,,, 0.0 22,7 18.4 14.2 134.5 104.2 40.1 - - - -

Conventional: Pulverized Coal ,...., 0.0 18.0 15.8 11,9 99.8 70.7 33.5 - - - -

Advanced: IGCC 0.0 4.8 2.6 . 2.3 34.9 33.5 6,6 - - : - -

Petroleum, 0.0 0.5 0.5 0.5 0.9 0.9 1.0 - - - -

Natural Gas ,..........., 0.0 28.0 28.3 29.8 91.7 . 94.9 97.6 ~- - -

Nuclear 0.0 0.0 0.0 0.0 6.0 16.6 59.8 - - - -

Renowables 80 0.0 22.9 23.2 22.6 47.8 46.9 44,9 - - -.

Other 0.0 -0.0 .4)0 -0.0 . -0.0 -0.0 -0.0 - - - -

Total 0.0 74.1 70.5 67.1 281.0 263.5 243.4 . - - . -

Liquids from Coal (million barrels per day) 0.00 0.10 0.06 . 0.04 0.43 0.24 0.05 . - - -

Labor Productivity V V V V V V V

Coal MIning V V V

(shorttonspermlnerpérhour) 6.26 V 8.36 6.71 5.29 ‘14.93 7.25 2.98 3.7% 0.6% -3.0%
Rail: Eastern Railroads (billion freight . V V ~V V V

ton-mllesperemployeeperyear) ..;;, 8.58 15.09 . 12.49 .10.29 V 2986 17,20 .9.77 5.3% . 2.9% 0.5%
RaIl: Western RaIlroads (bIllIon freight V V V V V

ton-mllesperemployeeporyear) 12.49 18.87 15.56 12.77 33.35 19.08 10,77 4.2% 1.8% V -0.6%
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Results from Side Cases

Table D12. Key Results for Coal Cost Cases (Continued)
(Million Short Tons per Year, Unless Otherwise Noted)

2015 2030 j Growth Rate, 2006-2030
Supply, Disposition, and Prices 2006 I Low Coal High Coal Low Coal HIgh Coal Low Coal ‘Reference High Coal

~ Reference
Reference

~ Cost Cost Cost Cost j Cost Cost

Cost Indices
(constant dollar index, 2006=1.000)

Transportation Rate Multipliers
Eastern Railroads 1.000 1013 1.031 1.048 0,936 1.006 1.080 -0.3% 0.0% 0.3%
Western Railroads 1.000 1.016 1.031 1.045 0.962 1.018 1.077 -0.2% 0.1% 0.3%

Equipment Costs
Mining

Underground 1.000 0.954 1.024 1.098 0.821 1.024 1.275 -0.8% 0.1% 1.0%
Surface 1.000 0.933 1.001 1.073 0.803 1.001 1.246 -0.9% 0.0% 0.9%

Raflroads 1.000 0.893 0.967 1047 0.785 0.987 1.238 -1.0% -0.1% 0.9%

Average Coal MIner Wage
(2006 dollars per hour) 22.08 20.58 22.08 23.67 17.71 22.08 27.49 -0.9% 0.0% 0.9%

‘Includes anthracite, bituminous coal, aubbituminous coal, and lignite.
2includes waste coal consumed by the electric power and Industrial sectors. Waste coal supplied is counted as a supply-side Item to balance the same amount of waste coal

included in the consumption data. -

‘Production plus waste coal supplied plus net Imports.
4lncludas consumption tot combined heat and power plants, except thoso plants whose primary business Is to sail electricity, or electricity and heat, to the public, Excludes all

coat use In the coal to liquids process.
‘Includes eO electrlcity.only and combined heat and power plants whose primary busIness Is to sell electricity, or electricity and heat, te the public.
‘Includes reported prices for both open market and captive mines.
7Prices weighted by consumption tonnage; weighted average exbludas residential and commercial prices, etid export tree-alongside-ship lies.) prices.
‘F.a.a. prica at U.S. port of exit,
‘Cumulative additions after December 31, 2006. Includes elf additions of electricity only end combined heat and powar plants projected for the electric power, Industrial, end

commercial sectors.
“includes conventlpnal hydroelectric, geothermal, wood, wood waste, munIcipal solid Waste, landfill gas, other blomass, solar, and wind power. Facilities co-firing blomass and

coal are classified as c6ai.
Blu = British thermal unit.
1GCC = Integrated gaslllcatlon-combined cycle.
- - = Not applicable.
Nota: Totals may not equal sum of componsnts dua to independent rounding. Data for 2006 are model results and may differ slightly from ofticlsi EIA dale reports.
Sources: 2006 data based on: Energy information AdminIstration (EIA), Annual Coal Report 2006, DOEIEIA-0584(2006) (Washington, DC, November 2007); EIA, Quarterly

Coal Report, Qclober-DocombOr2006, DOE/EIA-0121 (200614Q) (Washington, DC, March2007); Securihes and Exchange Commission Form 10K filings (8NSF, Norfolk Southern,
and Union Pacific), web site www.sec.gov; CSX Corporation, web site Www.csx.com; U.S. Department of Labor, Bureau of Labor Statistics, Average Hourly Earnings of Producllen
Workers: Coal Mining, Series ID: ceul 021210008; and E1A, AE02008 National Energy Modeling System run AE02008.DOSO208F, Proieottona: EIA, A502008 National Energy
Modeling System runs LCCSTO8,0030508A, A602008.D030208F, and HCCSTO8.D030508A.

Energy Information Administration I Annual Energy Outlook 2008 183

000651



Results from Side. Cases

Table D13. Enerc~ Supply, Disposition, Prices, and Emissions, Natural Gas Cases
. 2015 2030

~ V V V V Restricted Combined Restricted Combined

Supply, Dispositlqfl, and Prices 2006 V Restricted Non-Natural High Restricted Non-Natural High
V V V V Reference Natural Gas Gas emandlLow Reference Natural Gas Gas emandlLow

. Supply Electricity Natural Gas V Supply Electricity Natural Gas

V V V Generation Supply Generation Supply

Production (quadrillion Btu)
Crude Oil and Lease Condensate ,,... 10.80 13.25 V 12.21 13.27 12,23 V 12,04 10.17 V 12.10 10.24
Natural GasPiant Liquids 2.36 2.29. 2.28 2.30 2.28 2.11 2.05 2.32 2.26
bry Natural Gas 19.04 20.08 19.97 20.30 20.63 20.00 17.46 22.26 19.48
Coal1 23.79 24.48 25.22 23.99 24.05 28.63 29.38 2139 22.33
Nuclear Power 8.21 8.41 8.41 8.29 8.29 9.57 10.12 7.88 7.88
Hydropower 2.89 2.99. 3.00 2.99 3.02 V 3.00 3.01 3.07 3.10
Biomass° 2.94 V 5.12 5.18 5.05 5.04 8.12 8.04 8.46 8.59
Other Renewable Energy3 0.88 1,75 1.82 1.74 1.88 2.45 3,05 2.96 3.94
Other4 0.50 0.58 0.59 058 0.59 0.64 0.64 0.66 0.63

Total V~V 71.41 78.96 78.67 76.50 77.92 86.56 8392 81.09 78.44

Not Imports (quadrillion Btu) V V V

Liquid Fuels and Other Petroleum5 .... 26.70 24.23 25.26 24.24 25.34 26,52 V 28,82 26.6g 28.96
Natural Gas 3.56 : 4.15 V 2.95 V 4.25 3.05 3.28 2.03 4.70 3.06
Other6 ..,.,.,.......,..,,..,.... -0.28 V -0.09 -0.09 -0.01 0.02 1.86 1.98 V V V 2.80 2.90

V V Total V~• - V V 29.99.. 28.29 V V V 28.1,2 V 28.49 26.41 31.66 V 32.83 34.12 V V 34.92

Consumption (quadriliion.Btu) V V V V V V VV V V V V : V V

Liquid Fuels and Other PetroleUm7 40.06 41.80 41.81 41.80 V 41.88 43.99 V V 44,79 44.05 44.90V Natural Gas ..., 22.30 24.35 23.05 24.67 V 23.70 23.39 19.20 27:08 22.26

Coal5 22.50 24.19 24.92 23.81 23.88 29.90 30.74 23,91 24.90
Nuclear Power ..,..,,,,,...,.. - . . 8.21 8.41 8.41 8.29 8.29 9.57 10.12 7.88 7.88
Hydropower~ V 2.89 2.99 V 3.00 2.99 3,02 V V 300 V 3.01 V 3.07 V 3.10
Biomass9 250 3.60 3.66 3,53 2,53 : 5,51 5.47 V 5.84 5,98
OtherRonewable Energy3 .......,... 0.88 1.75 1.82 1.74 1.88 V 2.45 3.05 2.96 3.94
Other1° 0.19 0.17 0.17 0,17 0.18 0.20 0.23 0.27 0.33

Total 99.52 V’ 107.26 106.83 107.00 V 106.36 118.01 116.60 115.05 113.28

Prices (2006 dollars per unit) V V V ‘ V V V

• Imported Low SuiturLight Crude ON V V V

• (doliarsporbarrel) V 66.02 V 60.44 V 59.86 60.49 V 70.45 71.62 V 70.57 71.79
Natural Gas Welihead Prlc~” V V V

(dollarsperthousandcubicfeet) V 6.42 5.36 6.13 5.43 6.48 6.63 9.61 7.57 12.55
V Coal Mineniouth Pric&° V V

(dollars per ton) V 24.63 23.38. 23,72 28.29 28.43 23.32 23.88 44.35 45.27
• Average Electricity Price V V

(cents per kilowatthour) . ,,,,,,,,, V V 8.9 8.5 V 8.8 8.7 9.1 8.8 9.3 V 10~0 12.1

Carbon Dioxide Emissions by Fuel V V

(million metric tons) V

Petroleum 2581 2636 2638 2637 2644 2767 2837 2787 2882
V Natural Gas 1163 1279 1210 1296 1245 1231 999 V 1427 1157

Coal 2134 2299 2369 2262 2270 2841 2921 2264 2271
Total 5890 6226 6229 6207 6171 6851 6769 6490 6303

‘Includes waste coat.
‘includes grid-connected electricity from wood and waste; biomass, such as corn, used for liquId fuels production; and non-electric energy demand from wood.
‘includes grid-connected electricity from landfill gas; biogenic municipal waste; wind; photovoitaic and solar thermal sources; and non-electric onorgy from renewable sources,

such as active end passive solar systems. Excludes eleolrlcity imports using renewable sources and nonmarketed renewable energy.
‘includes non-bioganic municipal waste, liquid hydrogen, methanol, and some domestic inputs to refineries. V V

6tnciuctes crude oil, finished petroleum products, unfinished off 5, alcohols, ethers, blending components, end renewable fuels such as ethanol.
‘includes coal, coal coke, and electricity. V V V

7includes petroleum-derived fuels end non-petroleum derived fuels, such as ethanol, blodiesel, and coal-based synthetic liquids. Petroleum coke, which is a solid, is included,
Also Included are natural gas plant liquids, crude oil consumed as a fuel, and liquid hydrogen.

‘Excludes coal converted to coal-based synthelic liquids.
‘includes grid-connected electricity from wood and wood waste, non-electric energy from wood, end blotuels heat and coproducts used in the production of liquid tools, but

excludes the energy content of the liquid fuels. V V

‘°tnctuctes non-hfogenic municipal waste and net electricity imports. V

°tlopresents lower 48 onshore and offshore supplies. V V

‘5lncludes reported prices for both open market and captive mines. V V

Btu British thermalunil.
Note: Totals may not equal sum of components due to independent rounding. Data for 2006 are model results and may differ slightly from official SIA data reports.
Sources: 2008 natural gas supply values and natural gas welihesd price: SIA, Natural Gas Monthly, DOEJE1A-0130(2C07/04) (Washington, DC, AprIl2007). 2006 coal

minamoufh price: EIA, Annual Coal Report 2006, DOE/EIA-05a4(2006) (Washington, DC, November 2037). 2006 petroleum supply values: EtA, Petroleum SupplyAnnual 2006,
DO5/EIA-0340(2006)fl (Washington, DC, September2007). 2006 low sulfur lIght crudo oil price: ElA, Form EfA-8s6, ‘Monthly ForeIgn Crude Oil Acquisition Report.” Other 2006
coal values: Quarterly Coat Report, Qcfober-Decamber 2006, OOE/EIA-01 21(2006/40) (WashIngton, DC, March 2007). Other 2006 values: EIA, Annual Energy Review 2006,
DOE/EIA-0384(2006) (Washington, DC,,iune 2007). ProjectIons: EIA, AEO200B National Energy Modeling System runs AEO200a.DO3O2O8F, and LOGASSUP.D030408A,
f-IIOASDSM.D0304O8A, and l-IDEMLSUP.DO3O4OaA.
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Results from Side Cases

Table D14. Natural Gas Supply and Disposition, Natural Gas Cases
(Trillion Cubic Feet rer Year, Unless Otherwise Noted’>

__________ - 2015 2030

Restricted Combined Restricted Combined
Supply, Disposition, and Prices 2006 Restricted Non-Natural High Restricted Non-Natural High

Reference Natural Gas Gas emand/Low Reference Natural Gas Gas emand/Low
Supply Electricity Natural Gas Supply Electricity Natural Gas

Generation Supply Generation Suppiy

Dry Gas Production’ 18.51 19.52 19.41 19.73 19.95 19.44 16.97 21.64 18.93
Lower48 Onshore 15.04 14.81 14,83 14.98 15.30 13.95 12,57 15.65 14.17

Associated-Dissolved 1.42 1.40 1.32 1.40 1.32 1.20 1.00 1,20 1.01
Non-Associated 13.62 13.41 13.51 13.59 13.98 12.76 11.57 14.45 13.16

Conventlonai 5.14 3.96 4.25 4.02 4.44 3.23 3.86 3.86 4.48
Unconventional 8.48 9.45 9.26 9.56 9.53 9.53 7.71 10.59 8.68

Lower 48 Offshore 3.05 4.32 4.20 4.36 4.27 3.47 3.50 3.62 3.65
Associated-Dissoived 0.62 0.95 0.90 0.95 0.90 0.77 0.72 0.78 0.74
Non-Associated 2.43 3.37 3.30 3.41 3.37 2.69 2.77 2.84 2.90

Aiaska 0.42 0.38 0.38 0.38 0.38 2.01 0.90 2.37 1.12
Supplemental Naturai Gas’ 0.06 0.06 0.06 0.06 0.06 0.06 0.06 0.06 0.06

Net Imports 3.46 4.03 2.87 4.13 2.96 3.18 1.97 4.57 2.97
Pipeline 2.94 1.91 1.83 1.95 1.93 0.33 0.93 0.74 1.94
Liquefied Naturai Gas 0.52 2.12 1.03 2.18 1.03 2.84 1.03 3.83 1.03

Total Supply 22.03 23.61 22.34 23.92 22.98 22.68 19.00 26.27 21.96

Consumption by Sector
Residential 4.37 5.01 4.95 5.01 4.92 5.17 4.92 5.09 4.74
Comnierclai 2.83 3.20 3.14 3.19 3.12 3.67 3.46 3.63 3.30
lndustriai’ ,: 6.49 7.00 6.80 6.99 6.74 6.87 5,53 6.49 5.40
Natural Gas-to-Lk~Uids Heat and Power4 0.00 0.00 0.00 0.00 0.00 0.00 0.20 0.00 0.28
Natural Gas-to-Liquids Production’ , .. 0.00 0.00 0.00 0,00 0.00 0.00 0.27 0.00 0.38
Eiectrlc Power’ 6.24 6.56 5.65 6.88 6.35 4.99 2.84 8.91 6.06
Transportation7 0.02 0.06 0.05 0.06 0.05 0.09 0.08 0.08 0.07
Pipeline Fuei 0.58 0.64 0.61 0.64 0.62 0.70 0.53 0.78 0.58
Lease end Piant Fuei’ ...,..,.,.,., 1.14 1.19 1.19 1.20 1.21 1.23 1.10 1.34 1.19

Total 21.66 23.66 22.39 23.97 23.02 22.72 18.92 26.31 22.01

Lower 48 End of Year Reserves 202.99 227.01 209.85 228.55 212.55 200.42 156.39 214.14 165.54

Natural Gas Prices
(2006 dollars per million Btu)

Henry Hub Spot Price 6.73 5.87 6.69 5.94 7.06 7.22 10.37 8.21 13.47
Average Lower 48 Welihead Price’ . , 6.24 5.21 5.96 5.28 6.30 6.45 9.34 7.35 12.20

(2006 dollars per thousand cubic feet)
Average Lower48 Welihead Price’ , 6.42 5.36 6.13 5.43 6.48 6.63 9.61 7.57 12.55

Delivered Prices
(2006 dollars per thousand cubic feet)

Residential 13.80 11.54 12.39 11.61 12.74 . 13.30 16.53 14.26 19.61
Commercial 11.85 9.97 10.80 10.04 .11.13 11.78 14.93 12.72 17.94
industrial’ 7.89 6.33 7.12 6.41 7.48 7.50 10.61 8.51 13.63
Eioctric Power’ 7.07 6.10 6.84 6.19 7.23 7.13 9.90 8.24 13.14
Transportation” 14.71 12.71 13.46 12.78 13.80 13.22 16.24 14.17 19.16

Averag&’ 9.49 8.00 8.89 8.06 9.18 9.63 13,13 10.27 15.67

‘Marketed production (wet) minus extraction losses.
‘Synthetic natural gas, propane air coke oven gas, refinery gas, biomass gas, air Injectod for Btu stabilization, and manufacturod gas commIngled and distributed with natural

gas.
‘Inciudes energy for combined heat and power plants, except those whose primary business Is to sell electricity, or electricity and heat, to the public.
4lnciudss any natural gas used in the process oi converting natural gas to liquid fuel that Is not actually converted.
9nciudos any natural gas that Is converted Info liquid fuel.
‘Includes consumption of energy by electricity-only and combined heat and power plantswhose primary business Is to sell electricity, orelactricity and heat, to the public. Includes

smell power producers and exempt wholesale generators.
‘Compressed natural gas used as vehicle fuel.
‘Represents natural gas used In field gathering and processing plant machinery.
‘Represents lower 48 onshora and ollshoro supplies,
1mCompressed natural gas used as a vehicle fuel. Price Includes estimated molor vehicle fuel taxes and estimated dispensing costs or charges.
“Weighted average prices. Weights used are the sectoral consumption values excluding lease, plant, and pipeline fuel,
Btu British thermal unit.
Note: Totals may not equal sum of components due to independent rounding. Data for 2008 are model results and may diffsr sightly from official EtA data reports.
Sources: 2006 supply values: Energy lntormstion Administration (EIA), Natural Gas Monthly, DOE/EIA-0I 30(2007104) (WashIngton, DC, April2007). 2008 consumption based

on: EtA, Annual Energy Review 2006, D0E/EIA-0384(2006) (Washington, DC, ,June 2007). Proioctione: EIA, AEO2008 National Energy Modating System runs
AEO200S.D030208F, and LOGASSUP.D030408A, HIGASDEM.D030405A, and HDEMLSUP.D030408A.
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Results from Side Cases

Table D15. Electricity Generating Capacity, Natural Gas Cases
(Glaawatts. Unless Otherwise Noted)

Capacity
Coal
Cli and Natural Gas Steam
Combined Cyole
Combustion Turbine/Diesel
Nuclear Power
Pumped Storage
Fuel Cells
Renewable Sources
Distributed Generation (Natural Gas)
Combined Heat and Power1

Total

Cumulative Additions
Coal
Oil and Natural Gas Steam
Combined Cycle
Combustion Turbine/DIesel
Nuclear Power
Pumped Storage\
Fuel Cells
Renewable Sources
Distributed Generation
Combined Heat and Power’

Total

Cumulative Retirements

Generation by Fuel (billion kilowatthours)
Coal
Petroleum
Natural ~as
Nuclear Power
Pumped Storage
Renewable Sources
Distributed Generation
Combined Heat and Power’

Total

Carbon Dioxide Emissions by the Electric
Power Sector (million metric tonb)’

Petroleum
Natural Gas
Coa
Othera

Total

Prices to the Electric Power Sector’
(2006 dollars per million Btu)

Petroleum
Natural Gas
Coal

309.8 323.9 336.0 318.3 319.0 406.1 436.3 319.1 336.3
119.7 93.6 84.7 99.0 94.5 92.9 83.3 97.6 92.5
176.5 192.4 192.3 195.0 194.8 210.0 195.2 289.1 256.3
130.9 130.0 123.7 130.8 129.8 164.7 153.3 145~3 144.2
100.2 102.1 102.1 102.1 102.1 114.9 121.5 114.9 114.9
21.5 21.5 21.5 21.5 21.5 21.5 21.5 21.5 21.5

0,0 0.0 0.0 0.0 0.0 0.0 0.0 0.0 0.0
96.3 117.3 119.1 117.4 118.6 132.5 142.4 138.4 142.6
0.0 0.9 0.5 1.0 0.4 9.8 5.1 6.0 3.1

27.9 34.6 34.1 34.6 34.1 51.8 49.9 53.1 53.0
982.9 1016.3 1013.8 1019.6 1014.7 1204.2 1208.4 1185.0 1163.4

0.0 17.5 28.3 11.3 11.3 100.2 129.4 12.1 ‘28.6
0.0 0.0 0.0 0.0 0.0 0.0 0.0 0.0 0.0
0.0 15.8 16.8 18.5 18.3 33.4 18.7 112.6 78.8
0.0 8.4 8,1 10.1 9.2 43.4 39,9 25.7 25.1
0.0 0.0 0.0 0.0 0.0 16.6 23.1 16.6 16.6
0.0 0.0 0.0 0.0 0.0 0.0 0.0 0.0 0.0
0.0 0.0 . 0.0 0.0 0.0 0.0 0.0 0.0 0.0
0.0 21.0 22.8 21.1 22.3 36.2 46.1 42.1 46.2
0.0 0.9 0.5 . 1.0 0.4 9.8 5.1 6.0 3.1
0.0 ‘~ 8.8 6.2 6.7 6.2 23.9 22.0 25.2 25.1
0.0 70.5 81.5 68.7 67.6 263.5 284.2 240.3 223.6

0.0 38.9 52.4 33.8 37.7 44.8 61.4 40.9 45.7

1966 2154 2235 2115 2122 2787 2904 2136 2256
59 51 52 51 59 57 90 61 152

732 806 684 848 785 599 310 1218 809
787 807 807 795 795 917 970 756 756

0 1 I 1 1 I 1 1 1
351 469 482 464 474 558 602 613 652

0 1 0 2 0 4 2 5 1
152 197 193 197 193 313 294 318 301

4047 4485 4455 4473 4429 5235 5174 5107 4928

55 44 45 44 51 48 78 54 116
340 358 308 375 347 272 155 486 331

1938 2105 2176 2072 2080 2616 2698 2088 2097
12 12 12 12 12 12 12 13 13

2344 2519 2541 2503 2490 2948 2943 2640 2557

9.63 8.45 8.55 8.47 8.36 10.37 10.10 9.91 10.55
6.87 5.93 6.66 6.02 7.03 6.93 9.63 8.02 12.78
1,69 1.74 1.78 1.97 1.98 1.78 1.81 2.89 2.76

‘Includes combined heatand powerpiants and eiectrlclty-onlypiants In commercial snd industrial sectors. Includes small on-site genereting systems in the residentIal, commercial,
end Industrial sectors used primarily for own-use generation, but which may also sell some power to the grid. ~xcludes ofI’grid photovotipics and other generators not connected
to the distribufon or transmission systems.

‘Includes electricity-only and combined heat and power piaflts whose primary business to sell electricity, or electricity and heat, to the publIc.
‘Includes emissions from geothermal power and nonbiogenio emissions from muniotpat waste.
Blu British thermal unit.
Note: Totals may not equal sum of components due to Independent rounding. Data for 2006 are model residts and may differ slightly from oftidal EtA data reports.
Sources; 2006 capacity and prc(pcted.plenned additions: Energy lnformationAdminlslrelion (EIA), Form BIA-eSO, Annual Electric Generator ReporF (preliminary). Projections;

EIA, AE02008 National Energy Modeling System runs A~02O0B.D030208F, and LOGASSUP.D0304O8A, HIGASDEM.D030408A, and HDEMLSUP.D030408A.
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Net Summer Capacity’ 2006 Restricted Non-Natural HTgh Restricted Ncn-Natural High

Reference Natural Gas Gas emandiLo Reference Natural Gas Gas emand/Low
Supply ElectricIty Natural Gas Supply Electricity Natural Gas

Generation Supply Generation Supply
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Results from Side Cases

Table D16. Electricity Generating Capacity, Commodity Cost Cases
(Gigawatts, Unless Otherwise Noted)

2010 2020 2030
NetSummerCapacity,Generation 2006 Low I High Low I I High Low High

Emissions and Fuel Prices ommodity Reference ~ommodIty ommodityiReferonce ~ommodIty ommodltyj Reference ~ommodIty
Cost Cost Cost Cost Cost Cost

Capacity
Coal 309.8 316.0 316.0 316.0 344.4 343.1 337.3 410.9 406.1 393.2
Oil and Naturai Gas Steam 119.7 118.4 118.4 118.4 95.6 93.3 92.7 93.4 92.9 92.6
Combined Cycle 176.5 190.0 190.0 190.0 197.8 196.7 193.5 208.9 210.0 209.8
Combustion Turbino/Diesei 130.9 137.4 137.4 137.4 132.1 132.1 140.1 155.8 164.7 176.9
Nuciear Power 100.2 100.9 100.9 100.9 113.6 110.9 102.9 125,2 114.9 98.4
Pumped Storage 21.5 21.5 21.5 21.5 21.5 21.5 21.5 21.5 21.5 21.5
Fuel Colic 0.0 0.0 0.0 0.0 0.0 0.0 0.0 0.0 0.0 0.0
Renowabie Sources 96.3 111.6 111.6 111.9 125.4 123.6 120.3 135.2 132.5 124.1
Distributed Generation (Naturai Gas) 0.0 0.3 0.3 0.2 4.0 2.7 0.5 16.5 9.8 0.5
Combined Heat and Power’ 27.9 30.8 30.7 30.8 41.1 40.4 40.0 52.5 51.8 54.1

Total 982.9 1026.7 1026.7 1026.8 1075.4 1084.2 1048.8 1219.7 1204.2 1171.0

Prices to the Electric Power Sector2
(2006 dollars per million Btu)

Petroleum 9.63 10.81 10.79 10.81 8.60
Naturai Gas 6.87 6.93 6.96 6.99 5.66
Coal 1.69 1.84 1.84 1.84 1.72

Average Electricity Price
(20DB cents per kilowatthour) 8.9

1lncludes combined heat and powarplants and electricity-only plants in commercial and industrial sectors. inciudes smell on-site generating systems in the residential, commercial,
and industrlai sectors used primarily for own-use generation, but which may also sail some power to the grid. Excludes ott-grid photovoitaics and other generators not connected
to the distribution or transmission systems.

ainciudas electricity-only and combined heat and power plants whose primary bustnass to sell a eclrtcity, or elactricity and heat, to the public.
‘includes emissions from geothermal power and nonbiogenlo emissions from municipal waste.
Blu British thermal unit.
Note: Totals may not equal sum of components due to independent rounding, Data for 2006 are modal resuits and may differ stighty from oiliciai EIA data reports.
Source: Energy Information Administration AE02008 National Energy Modeling System runs L02008.D030306A, AEO200LDO3O2O8F, and H02008.D030308A.
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7.7 7.7 38.2 37.0 31.5 104.7 100.2 87.6
0.0 0.0 0.0 0.0 0.0 0.0 0.0 0.0

13.6 13.5 21.1 20.2 16.9 32.4 33.4 33.3
7.2 7.1 10.1 10.5 20.1 35.6 43.4 56.9
0.0 0.0 10.7 8.0 0.0 26.8 16.6 0.0
0,0 0,0 0.0 0.0 0.0 0.0 0.0 0.0
0.0 0.0 0,0 0.0 0,0 0.0 0.0 0.0

15.3 15.5 29.1 27.3 24.0 38.9 36.2 27.8
0.3 0.2 4.0 2.7 0.5 16.5 9.8 0.5
2.9 2.9 13.3 12.5 12.2 24.6 23.9 26.2

46.8 46.9 126.6 118.2 105.2 279.4 263.5 232.3

Cumulative Additions
Coal 0.0 7.7
Oil and Natural Gas Steam 0.0 0.0
Combined Cycle 0.0 13.5
Combustion TurbinelDlesei 0.0 7.2
Nuciear Power 0.0 0.0
Pumped Storage 0.0 0.0
Fuei Celia 0.0 0.0
Renewable Sources 0.0 15.2
Distributed Generation 0,0 0.3
Combined Heat and Power1 0.0 2.9

Total 0.0 46.8

Cumulative Retirements 0.0

Generation by Fuel (billion kliowatthours)
Coal 1966 2034
Petroleum 59 50
Naturai Gas 732 823
Nuciear Power 787 797
Pumped Storage 0 1
Renewable Sources 351 423
Distributed Generation 0 0
Combined Heat and Power’ 152 169

Total 4047 4296

Carbon Dioxide Emissions by the Electric
Power Sector (million metric tons)2

Petroleum 55 43
Natural Gas 340 367
Coal 1938 1993
Other2 12 12

Total 2344 2414

3.8 3.6 3.6 36.7 39.5 42.0 45.2 44.8 46.8

2034
50

820
797

424
0

169
4294

43
365

1993
12

2413

2235 2809 2787
51 55 57

814 533 599
812 999 917

1 1 1
534 559 558

I 6 4
235 320 313

4683 5282 5235

2033 2343
49 53

813 698
797 888

1 1
427 522

0 2
169 244

4289 4750

43 45
363 314

1991 2269
12 12

2408 2640

2319
53

722
868

522

238
4723

45
323

2247
12

2627

2664
53

749
789

563

325
5146

46
331

2502
12

2890

44
362

2164
12

2582

47 48
248 272

2623 2615
12 12

2931 2948

8.57 8.57 10.39 10.37 10.44
5.95 6.34 6.58 6.93 7.55
1.72 1.73 1.77 1.78 1.79

9.1 9.2 9.2 8.4 8.6 9.0 8.5 8.8 9.7
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Results from Side Cases

Table D17. Oil and Gas Supply, Commodity Cost Cases
2010 2020 2030

Production and Prices 2006 Low High Low High Low High
ommodityl Reference ~ommodity ommodityiReference pommodity ommoditylRefsrence pommodity

Cost I I Cost Cost I I Cost Cost I I Cost

Crude Oil

Lower 48 Average Weilhead PrIce’
(2006 dollars per barrel) 60.18 79.17 78.45 78.00 52.28 52.54 52.85 60.77 .60.59 62.05

Production (million barrels per day)2
United States Total 5.10 5.93 5.93 5.89 6.25 6.23 6.18 5.61 5.59 5.29

Lower 48 Onshore 2.93 3.11 3.10 3.10 3.30 3.28 3.23 3.40 3.38 3.05
Lower48 Offshore 1,43 2.14 2.14 2.10 2.25 2.25 2.25 1.92 1.92 1.95
Alaska ; 0.74 0.69 0.69 0.69 0.70 0.70 0.70 0.30 0.30 0.30

Lower 48 End of Year Reserves2 .

(bi!lion barrels) 19.02 19.91 19.89 19.79 . 20.86 20.78 20.60 19.94 19.89 18.79

Natural Gas . .

Prices (2006 dollars per million fltu) . .

Henry Hub Spot Price 6.73 6.88 6.90 6.92 5.66 .5.95 6.34 6.87 7.22 . 7.74
Average Lower 48 Weilhead Price3 6.24 . 6.13 6.16 6.17 5.02 5.29 5.65 6.13 6.45 6.92

Prices
(2006 dollars per thousand cubic feet)

Average Lower 48 Wethead Price9 ;...... 6.42 6.31 6.33 6,35 5.17 5.44 5.81 6.30 6.63 7.12

Production (trillion cubic feet) . 18.57 19.37 19.36 . 19.28 19.25 19.73 20.36 18.98 19.50 20.61
Dry Gas Production4 . , 18,51 19.30. .1.9.29 19.21 19.19 19.67 20.29 18.91 19.44 20.55

Lower48Onshore 15,04 15.27 15.26 15.23 13.78 14.16 .14.66 13.50 13.95 14.62
Lower48 Offshore .,., 3.05 . 3.61 3.61 3.56 422 4.31 4.44 3.40 3.47 3.55
Alaska 0.42. 0.42 0.42 0.42 . 1.19 1.19 1.19 2.01 2.37

Supplemental Gaseous Supphes5 .....,... 0.06 0.06 . 0.06 0.06 . 0.06 0.06 0.06 0.06 0.06 .~ 0.06

Net Imports (trillion cubIc feet) 3.46 3.88 ~3.85 . 3.83 398 . 3.55 3.53 3.35 3.18 3.14
Pipeline : 2.94 264 2.64 2.65 1.41 1.18 . 1.41 0.54 0.33 . 0.61
Liquefied.NaturaiGas 0.52 1.24 1.20 1.18 2.57 2.37 2,12 2.81 2.84 2.54

Total Supply (trillion cubic feet) 22.03 23.25 23.20 23.11 23.23 23.28 23.89 22.33 22.68 23.76

Consumption by Sector (trillion cubic feet)
Residential 4.37 4,81 4.81 4.80 5.18 5.15 5,11 5.20 5.17 5.12
Commercial 2.83 2.96 2.96 2.96 3.39 . 3.37 3.34 3.69 3.67 3.66
industrial6 ,.,............, 6.49 6.97 6.95 6.91 7.02 6.93 6.85 6.95 6.87 6.85
Electric Power1 6.24 6.72 . 6.70 6.65 5.75 5.92 . 6~63 455 4.99 6.06
Transportation8 ..,..,.,..,..,, 0.02 0.03 0.03 0.03 0.07 0.07 0.0.7 0.09 0.09 0.08
Pipeline Fuel 0.58 0.62 0.62 0.62 0.67 0.67 0.68 0:69 0.70 0.73
Lease and Plant Fuel9 1.14 1.18 1.18 117 1.20 1.22 1.25 1.21 1.23 1.29

Total 21.66 23.30 . .23.25 23.15 23.28 23.33 23.93 22.37 22.72 23.80

Lower 48 End of Year Dry Reserves . .

(trillion cubic feet) 202.99 221.43 220.62 219.40 219.15 219.31 218.76 197.47 200.42 204.82

Total Lower 48 WetlsDrilled (thousands) ... 49.72 64.60 62.33 60.72 36.07 37.19 40.30 35.80 35.78 38.59

‘Represents lower 48 onshore end offshore supplies.
‘Includes lease condensate.
‘Ft epresents lower 48 onshore and offshore supplies.
4Marketed production (wet) minus extraction losses.
‘Synthetic natural gas, propane air, coke oven ges, refinery gas, bloms~s gas, air Injected for Btu stabilization, and manufactured gas commingled and distributed with natural

gas.
‘Includes onorgy for combined heat end power plants, errcept those whose primary business Is to sell electricity, or electricity and heat, to the public.
‘Includes consumption of energyby electricIty-only and combIned heat and powerplants whose primary business is to sell electricity, orolectricity and heat, to the public. includes

smell power producers and exempt wholesele generators, . . . . . .

‘Compressed natural gas used as vehicle fuel.. .

‘Represents naturalgas used in field gathering and processing plant machinery. .

Note: Totals may not equal sum of components dun to Independent rounding. Data for 2005 and 2006 are model results and may differ slightly from official CIA data reports.
Sources: 2006 crude oil lower 48 average welihead price: Energy information Administration (CiA), Petroleum MarketirigAnnual 2006, DOE/EIA-0487(2006) (WashIngton, DC,

August2007), 2006 lower4o onshore, lower48 ollahora, and Alaska crude oil production: CIA, Petroleum StipplyAnnual2006, DOEIEIA-0340(2006)/1 (Washington, DC, September
2007). 2006 natural gas lower 48 avorago wellhead price, Alaska and total natural gas production, arid supplemental gas supplies: CIA, Natural Gas Monthly, DOE/CIA-
0130(2007/04) (WashIngton, DC, April2007>, Other200svalues: CIA, Of lice of lntegratec.tAnalysle and Forecanllng. Projections: CIA, AE02006 Nallonai Energy Modeling Syslem
runs LC2008.D030308A, AE02008.D030208F, and f1C2008.D030308A.
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Results from Side Cases

Table Dl 8 Energy Supply, Disposition, and Prices
AEO200B Reference Case Compared to the Early Release

2010 I 2020 I 2030
Supply1 Disposition1 and Prices 2006 I Early-Release Early-Release I Reference I Early-Release

ReferenceReference Reference Reference J Reference

Production (quadrillion Btu)
Petroleum’ 13.16 15.03
Dry Natural Gas 19.04 19,85
Coal’ 23.79 23.97
Nuclear Power 8,21 8.31
Hydropower 2.89 2.92
Blomass’ 2.94 4,05
Other Renewable Energy4 0.88 1.51
Other’ 0.50 0.54

Total 71.41 76.17

Net Imports (quadrillion mu)
Petroleum’ 26.70 23,93
Natural Gas 3.56 3.96
Other Imports7 -0.28 -0.84

Total 29.99 27.04

14.92 15.71
19.61 20.24
23.31 25,20

8.31 9.05
2.92 3.00
4.11 6.42
1.50 2.00
0.55 0.58

75.22 82.21

24.49 24.03
4.13 3.66

-0.26 1.06
28.36 28.75

16.02 14.15 14.30
20.28 20.00 20.41
25,61 28,63 31.16
915 9.57 9.89
3.00 3.00 3.00
4,93 8.12 5.52
1.99 2.45 2.49
0.64 0.64 0.72

81.62 86.56 87.48

26.72 26.52 31.20
4.40 3.28 3.51
1.03 1.86 1.79

32.15 31.66 36.50

Consumption (quadrillion Stu)
Liquid Fuels and Other Petroleum’ 40.06 40.46
Natural Gas 22.30 23.93
Coal’ 22.50 23.03
Nuclear Power 8.21 8.31
Hydropower ..~ 2.89 2.92
Biomass’° ., , 2.50 3.01
Other Renewable Energy4 0.88 1.51
Other” 0.19 0.18

Total 99.52 103.34

PrIces (2006 dollars per unit)
Imported Low Sulfur Light Crude Oil Price
(dollars per barrel) 66.02 74.03
Natural Gas Wellhead Price”
(dollars per thousand cubic feet) ....,., 6.42 6.33
Coal Mlnemouth Price”
(dollars per ton) 24.63 26.16
Average Electricity Price
(cents per kllowatthour) 8.9 9.2

Liquids Supply and Disposition
(million barrels per day)

Domestic Crude Oil Production’4 5.10 5.93
Net Petroleum Imports 12.41 11.32
Natural Gas Plant Liquids 1.74 1.68
Refinery Processing Gain” 0,99 1.05
Biofuels” 0.38 0.85

of which: Ethanol’7 0.36 0.81
Liquids from Coai 0.00 0.00
Other4’ 0.12 0,18

Total Primary Supply 20.74 21,02
Liquid Fuels Consumption 20.65 20.99
Net Import Share of Product Supplied (percent) . . 60.0 54.2

Natural GasSupply and Disposition
(trillion cubic feet)

Dry Gas Production” 18.61 19.29
Suppiement9l Natural Gas” 0.06 0.06
Net Imports 3.46 3.85

Total Supply 22.03 23.20
Total Consumption 21.66 23.25
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40.82 42.24 44.41 43,99 48.23
23.90 24.01 24.83 23.39 24.07
22.94 25.87 26,23 29,90 31.71

8.31 9.05 9.15 9.57 9.89
2.92 3.00 3.00 3.00 3.00
3.08 4.50 3.83 5.51 417
1.50 2.00 1,99 2.45 2.49
0.18 0.17 0.18 0.20 0.20

103.64 110.85 113.61 118.01 123.76

66.89 59.70 61.05 70.45 71.87

6.09 5.44 5.42 6.63 6.60

24.53 22.51 22.63 23.32 23.45

9,1 8.6 8.6 8.8 8.8

5.91 6.23 6.39 5.59 5,63
11.60 11.12 12.50 12.29 14,46

• 1.64 1.72 1.68 1.57 1.61
108 1.00 1.10 0.99 1.14
0.84 1.62 1.04 1.93 1.33
0.83 1.41 0.96 1.56 1.11
0.00 0.16 0,16 0.24 0.58
0.18 0.21 0.23 0.24 0.27

21.24 22.04 23,10 22.86 25.03
21.18 21.96 23.01 22.80 24.93
54.8 51.6 55~0 54.3 59.2

19.06 19.67 19.70 19.43 19.84
0.06 0,06 0.06 0.06 0.06
4.01 3.55 4.28 3.18 3.41

23.14 23.28 24.04 22.68 23.31
23.22 23.33 24.12 22.72 23.39



Results from Side Cases

Table D18. EnergySupply, Disposition, and Prices (Continued)
• AE02008 Reference Case. Compared to the Early Release

: . . 2010 2020 2030
. Supply, Disposition Indicators and Smlss!ons 2006 Reference Eayit~:loaso Reference Early-R:Ie~se Reference Early.R:iease

Coal Supply and Disposition (million tons>
Production 1163 1166 1139 1270 1289 1455 1595
Waste Coal Supplied21 14 . 13 13 11 11 12 13
Netimports -15 34 -Ii 46 45 78 75
. Total Supply 1161 1144 1141 1.326 1345 1545 1683
Total Consumption . 1114 . 1145 1141 1327 1344 1545 1662

Macroeconomic Indicators
Real Gross Domestic Product
(bIllion 2000 chaln~welghted dollars) 11319 . 12453 12555 15984 16177 20219 20832
GDP Chain.type Price lndex(2000=1,000) 1.166 1.260 1.267 1,520 1.509 1.871 1.838

. Industrial Value of Shipments (billion 2000 dollars) 5821 5997 5882 7113 7044 7997 8226
Nonmanufacturing 1531 1419 . 1494 1619 1672 1715 1804
Manufacturing 4290 . 4577 4389 5493 5372 6283 6422

Energy-Intensive 1225 1283 . 1204 1387 1338 1447 1442
~ Non~onergy Intensive 3065 3295 . . 3185 4107 . 4034. 4836 4980

Real Disposable Personal Income
(billion 2000 dollars) ,.....................;., 8397 9472 9594 12654 12811 16246 16916
Housing Starts.(millions) 1.93 . 1.68 . 1.85 1.78 1.84 1.70 .1.72
Commercial Fioorspace (billion square feet) ...... . 74.8 78.8 78.7 89.3 89.3 100.8 100.9

~ Unit Sales of Light-Duty Vehicles (millions) ....... 16.50 16.38 16.92 17.47 18.72 19.39 20.04

Energy Intensity
. (thousand Btu per 2000 dollar of GOP) 8.79 8.30 . 8.25 6.91 7.02 5.80 5.94

Carbon Dioxide Emissions (million metric tons) .. , 5890 6011 6034 6384 6646 6851 7373

‘Includes crude oil, lease condensate, and natural gas plant liquids.
2inciudas waste coal.
‘includesgrid-connected electricity from wood and waste; bloniass,such as corn used for liquid.fuels production; and non-electric energy demand from wood. Refer to Table

A17 for details. . . . . .

4lncludos grid-conrinctod olactricity from landfill gas; blogenlo municipal waste; wind; photovottalcand solar thermal sources; and non-electric energyfrom renewable sources
such as active and passive solar systems. Excludes electricity imports using renewable sources and nonmarketed renewable energy. See Table Al 7 for selected nonniarketed
residential and commercial renewable energy. . . . . . $ . . .

‘Includes non-blogenio municipal waste, liquid hydrogen, methanol, and somarismestic inputs 10 retlnories.
‘lqcludes crude oh, finished petroleum products, unfinished oils alcohols, ethers, blending componqnts, and renewable fuels such as ethanol.
°lncludns. coal, coat coke, and electricity. . . . . .

‘includas petroleum-derived fuels and non-petroleum derived fuels, such as ethanol, biodlosei, and coal-based synthetic iiquids. Petroleum coke, which isa solid, is included.
Also Included are natural gas plant liquids crude oil consumed as a fuel, and liquid hydrogen. Refer to Table A17 for detailed renewable liquid fuels consumption.

°Exciudos coal converted to coal-based synlhetic liquids.
‘5fnciuctes grid-connected electricity from wood arid wood waste, non-eleotrio energy from wood, end blotuels heat and coproducts used In th.e production of liquid fuels, but

exciudes the energy content of the liquid fuels. .
ninciudes non-bioganio municipal waste and net electricity imports. . . . S

“Represents lower 46 onshore and offshore supplies.
°lncludes reporte.d prices for both open market e~d captive mines.
‘4lncludos lease condensate.
15The volumetric amount by which total output Is greater then input due to the processing of crude oil into products which, in total, have a lower specific gravity than the crude

oil processed. .

“Domestic production and net imports of ethano(, biodlesel, and Oqulds from blomess.
17lnciudesnet Imports. . . ..

“Includes petroleum product stock withdrawals, domestic sources of blending components, other hydrocarbons, ethers, and renewable fueis such as blodiesei.
“Marketed production (wet) minus extraction lossos.
50Synfhetlc natural gas propane air1 coke oven gas, refinery gas, biomass gas, air inlected for Btu stabilization, and manufactured gas commingled and distributed with natural

gas. . . . .

“Includes waste coalconsumed by the electric power and Industrial sectors. Weate coal supplied ix counted as a supply-side Item to balance the same amount of waste cost
Included in the consumption data.

mu = British thermal UnIt.
GDP = Gross domestic product.
Note: Totals may not equal sum ol components due to independent rounding. Date for 2006 are model results and may differ slightly from official EtA data reports.
Sources: 2006 natural gas supply values snd natural grin wallhaad price; ElA, Natural Gas Monthly, D0E/EIA-0130(2007104) (WashingtOn DC, AprIl 2007). 2006 coal

minomouth and delivered coal prices: EIA, Annual Coal Report 2006, DOEIE1A-0584(2006) (Washington, DC, hiovember 2007>. 2006 petroleum supply values: EIA, #PSA#. 2006
iow sulfur light crude oIl price: SIA, Form alA-ass; ‘Monthly Foreign Crude Oil Acquisition Report.” Other 2006 coal values: Ouartorly Coal Report, Octob~r.Deaember 2006,
OCE/EiA.0121 (200e/4Q) (Washington, DC, March2007). Other200S values: EtA, Annual Energy Raview200S, DOEIEIA-0384(2006) (Washinglon, DC, June 2007). ProJections:
EIA, AE02008 National Energy Modeling System runs AEO200a,0030208F and A80200a.D1 126g7A.
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NEMS Overview and
Appendix E

Brief Description of Cases

The National Energy Modeling System

The projections in the Annual Energy Outlook 2008
(AE02008) are generated from the National Energy
Modeling System (NEMS) [11, developed and main
tained by the Office of Integrated Analysis and
Forecasting (OlAF) of the Energy Information Ad
ministration,(EIA). In addition to its use in the devel
opment of the Annual Energy Outlook (AEO) projec
tions, NEMS is also used in analytical studies for the
U.S. Congress, the White House, other offices within
the U.S. Department of Energy (DOE), and other
Federal agencies. The AEO projections are also used
by analysts and planners in other government agen
cies and nongovernment organizations.

The projections in NEMS are developed with the use
of a market-based approach to energy analysis. For
each fuel and consuming sector, NEMS balances en
ergy supply and demand, accounting for economic
competition among the various energy fuels and
sources. The tithe horizon of NEMS is the long-term
period through 2030, approximately 25 years into the
future. In order to represent regional differences in
energy markets, the component modules of NEMS
function at the regional level: the nine Census divi
sions for the end-use demand modules; production re
gions specific to oil, natural gas, and coal supply and
distribution; the North American Electric Reliability
Council regions and subregions for electricity; and
the Petroleum Administration for Defense Districts
(PADDs) for refineries,

NEMS is organized and implemented as a modular
system. The modules represent each of the fuel sup
ply markets, conversion sectors, and end-use con
sumption sectors of the energy system. NEMS also in
cludes macroeconomic and international modules.
The primary flows of information among the modules
are the delivered prices of energy to end users and the
quantities consumed by product, region, and sector.
The delivered fuel prices encompass all the activities
necessary to produce, import, and transport fuels to
end users. The information flows also include other
data on such areas as economic activity, domestic pro
duction, and international petroleum supply.

The Integrating Module controls the execution of
each of the component modules. To facilitate modu
larity, the components do not pass information to
each other directly but communicate through a cen
tral data structure. This modular design provides the

capability to execute modules individually, thus al
lowing decentralized development of the system and
independent analysis and testing of individual mod
ules. The modular design also permits the use of the
methodology and level of detail most appropriate for
each energy sector. NEMS calls each supply, conver
sion, and end-use demand module in sequence until
the delivered prices of energy and the quantities de
manded have converged within tolerance, thus
achieving an economic equilibrium of supply and de
mand in the consuming sectors. A solution is reached
annually through the long-term horizon, Other vari
ables, such as petroleum product imports, crude oil
imports, and several macroeconomic indicators, also
are evaluated for convergence.

Each NEMS component represents the impacts and
costs of legislation and environmental regulations
that affect that sector. NEMS accounts for all com
bustion-related carbon dioxide (CO2) emissions, as
well as emissions of sulfur dioxide, nitrogen oxides,
and mercury from the electricity generation sector.
The version of NEMS used for AEO2008 represents
current legislation and environmental regulations as
of December 31, 2007 (such as the Energy Independ
ence and Security Act of 2007 [EISA2007], which was
signed into law on December 19, 2007; the Energy
Policy Acts of 2005 [EPACT200SJ; the Working Fam
ilies Tax Relief Act of 2004; and the American Jobs
Creation Act of 2004) and the costs of compliance
with regulations (such as the Clean Air Interstate
Rule and Clean Air Mercury Rule [CAMR], both of
which were finalized and published in 2005, and the
new stationary diesel regulations issued by the U.S.
Environmental Protection Agency [EPA] in July
2006 [21.) The potential impacts of pending or pro
posed Federal and State legislation, regulations, or
standards—or of sections of legislation that have
been enacted but that require funds or implementing
regulations that have not been provided or speci
fied—are not reflected in NEMS.

In general, the historical data used for the AE02008
projections were based on EIA’s Annual Energy Re
view 2006, published in June 2007 [3]; however, data
were taken from multiple sources. In some cases, only
partial or preliminary data were available for 2006.
CO2 omissions were calculated by using CO2 coeffi
cients from the EIA report, Emissions of Greenhouse
Gases in the United States 2006, published in Novem
ber 2007 [4],
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Historical ni~mbers’ are presented. for comparison.
only and may be estimates. Source documents should
be consulted for the official data values..Footnotesto
the AE02008 appendix tables indicate the definitions
and sources of historical data.

The AE02008 projectiQns for years 2007 and 2008 in
corporate short-term projections from ETA’s January

• 2008 Short-Term Ea~ergy Ou~look(STEO). For.short
• term energy projections, readers are referred to
monthly updates of,theSTEO [5].

Component ModU1~s ‘

The component modules of. NEMS re~reseift the
individual supply, demaiad, and conversion sectors of
domestic energy’ markets and also include interna
tional and macroeconomic modules. In general, the
modules interact through values representing ‘the
prices or ‘expenditures, of energy delivered to the con
suming sectors and the quantities of end-use energy
consumption.

MacroeconOmic Actirn!ty ‘Module

The Maäroeconomic ActivityModule provides a set of
macroeconomic drivers to the energy modules, and
there is a’xnacroeconomic feedback mechanism within
NEMS. Key macroeconomic variables used in the en
ergy modules include gross domestic product (GDP),
disposable income, value of industrial shipments, new
housing starts, new light-duty vehicle sales, interest

• rates, and employment, The module uses tl~e. follow
ing models from Global Insight, Inc. Macroecoriomic
Model of the U.S. Economy, National Industry Model,,
and National Employment Model. In addition., ETA
has constructed a Regional Economic and Industry
Model to project regional economic: drivers ,and .a

• Coinmerciai.Floorspace Model to project 13 floorspace
types in 9. Census divisions,.’ The accounting frame-•
work for industrial value of shipments uses the North
American Industry Classification System(NAICS).

International Module

The International Module represents the response of
world oil markets (supply and demand) to assumed
world oil prices. The, results/outputs ofthe module are
a set of crude oil and product supply curves that are
available to .U.S. markets for eaCh case/scenario ana
lyzed. The petroleum import supply curves are made
available to U.S. markets through the Petroleum
Market Module (PMM) of NEMS in the form of 5 cate
gories of imported crude oil and :17 intei~national

.192

petroleum products, including supply curves for oxy
genates and unfinished oils, The supply-curve
calculations are based on.historiOal market data and a
world oil supply/demand’ balance which is developed
from reduced-form models of international liquids
‘supply and demand (new to AE02008), current in
vestment trends in exploration and development, and
long-term resourc.e economics for 221 countries/terri
tories. The oil production estimates include both con
ventional” and unconventional supply recovery
technologies. ‘

Residential and commercial Demand Modules

The Residential.Demänd Module projects energy con
sumption in the residential sector by housing type
and’ end use, based on delivered energy prices, the
menu of equipment available; the availability of re
newable sources, of energy, and housing starts. The
Commercial ‘Demand Module, projects energy con
sumption in the commercial sector. by building type
and nonbuilding uses of energy and by category of end
use, based on delivered prices of energy, availability of
rene.~’able , soi~rces ~of energy, and’ macroeconomic
variables representing interest rates and floorspace
construction. ‘, ‘

Both ±nodules’ estimate the equipment stock for the
major end~u’se services, incOrporating assessments of.
advanced tedhnologies, including representations. of
renewable Onorgy ‘technologies, and the effects of
both building shell and appliance standards, includ
ing the recently enacted provisions, of the EISA2007,
The Commercial Demand Module incorporates com
bined heat and power (CHP) technology. The mod
ules’ also include projections of distributed genera
tion.’. Both modules incorporatechanges to “normal”
heating and cooling degree-days by Census divislon,
based on’,a 1O~year average and on State-level popula
tion ~projections. The, Residential Demand Module
projects an increase in the average square footage of
both new construction and exis’ting structures, based
on trends in the size of new construction and the re
modeling of ex,i~ting homes.

Industrial Demand Module

The Industrial Demand Module projects the con
sumption of energy for heat and power and for
feedstocks and raw materials in each of 21 industries,
subject to the delivered prices of energy and macro
economic variables representing employment and the
value of shipments for each industry. As noted in the
description of the Macroeconomic Activity Module,

Energy Information Administration / Annual Energy Outlook 2008

000660



NEMS Overview and Brief Description of Cases

the value of shipments is based on NAICS. The
industries are classified into three groups—energy-
intensive manufacturing, non-energy-intensive man
ufacturing, and nonmanufacturing. Of the eight
energy-intensive industries, seven are modeled in the
Industrial Demand Module, with components for
boiler/steam/cogeneration, buildings, and process!
assembly use of energy. Bulk chemicals are further
disaggregated to organic, inorganic, resins, and agri
cultural chemicals. A generalized representation of
cogeneration and a recycling component are also in
cluded. The use of energy for petroleum refining is
modeled in the PMM, and the projected consumption
is included in the industrial totals.

Transportation Demand Module

The Transportation Demand Module projects con
sumption of fuels in the transportation se~tor, includ
ing petroleum products, electricity, methanol, etha
nol, compressed natural gas, and hydrogen, by
transportation mode, vehicle vintage, and size class,
subject to delivered prices of energy fuels and macro
economic var~bles representing disposable personal
income, GDP, population, interest rates, and indus
trial shipments. Fleet vehicles are represented sepa
rately to allow analysis of the Energy Policy Act of
1992 (EPACT1992) and other legislation and legisla
tive proposals., EPACT2005 is used to assess the im
pact of tax credits on the purchase of hybrid gas-
electric, alternative-fuel, and fuel-cell vehicles. The
module also includes a component to assess the pene
tration of alternative-fuel vehicles. The corporate av
erage fuel economy and biofuel representation in the
module reflect the provisions in EISA2007.

The air transportation component explicitly repre
sents air travel in domestic and foreign markets and
includes the industry practice of parking aircraft in
both domestic and international markets to reduce
operating costs, as well as the movement of aging air
craft from passenger to cargo markets [61. For air
freight shipments, the model represents regional fuel
use in narrow-body and wide-body aircraft, An infra
structure constraint limits overall growth in passen
ger and freight air travel to levels commensurate with
industry-projected infrastructure expansion and ca
pacity growth,

Electricity Market Module

The Electricity Market Module represents genera
tion, transmission, and pricing of electricity, subject
to delivered prices for coal, petroleum products,

natural gas, and biofuels; costs of generation by all
generation plants, including capital costs and macro
economic variables for costs of capital and domestic
investment; enforced environmental emissions laws
and regulations; and electricity load shapes and de
mand. There are three primary submodules—capac
ity planning, fuel dispatching, and finance and
pricing.

All specifically identified options promulgated by the
EPA for compliance with the Clean Air Act Amend
ments of 1990 (CAAA9O) are explicitly represented in
the capacity expansion and dispatch decisions; those
that have not been promulgated (e.g., fine particulate
proposals) are not incorporated. All financial incen
tives for power generation expansion and dispatch
specifically identified in EPACT200Ô have been im
plemented. Several States, primarily in the North
east, have recently enacted air emission regulations
that affect the electricity generation sector. Where
firm State compliance plans have been announced,
the regulations are represented in AE02008.

Renewable Fuels Module

The Renewable Fuels Module (RFM) includes sub-
modules representing renewable resource supply and
technology input information for central-station,
grid-connected electricity generation technologies,
including conventional hydroelectricity, biomass
(wood, energy crops, and bioxuass co-firing), geother
mal, landfill gas, solar thermal electricity, solar
photovoltaics (PV), and wind energy, The RFM con
tains renewable resource supply estimates represent
ing the regional opportunities for renewable energy
development. Investment tax credits for renewable
fuels are incorporated, as currently legislated in
EPACT1992 and EPACT2005. EPACT1992 provides
a 10-percent tax credit for business investment in
solar energy (thermal non-power uses as well as
power uses) and geothermal power; those credits have
no expiration date. EPACT2005 increases the tax
credit to 30 percent for solar energy systems installed
before January 1, 2009.

Production tax credits for wind, geothermal, landfill
gas, and some types of hydroelectric and bio
mass-fueled plants are also represented They provide
a tax credit of up to 1.9 cents per kilowatthour for
electricity produced in the first 10 years of plant oper
ation. For AE02008, new plants coming on line be
fore January 1, 2009, are eligible to receive the credit.
Significant changes made for AE02008 in the ac
counting of new renewable energy capacity resulting
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from State renewable portfolio standard programs,
mandates, and goals will be described in Assumptions
to the Annual Energy Outlook 2008 [7].

Oil and Gas Supply Module

The Oil and Gas Supply Module represents domestic
crude oil and natural gas supply within an integrated
framework that captures the interrelationships
among the various sources of supply: onshore, off
shore, and Alaska by both conventional and uncon
ventional techniques, including natural gas recovery
from coalbeds and low-permeability . formations of
sandstone and shale. The framework. analyzes cash
flow and profitability to compute investment and
drillii~g for each of the supply sources, based on the
prices for crude oil and na’tu~’ai gas, the domestic re
coverable resOurce base, end the ‘state of technology.
Oil and natural gas production functions are com
puted at a level of 12 .suppl~’ regions,including 3 off
shore and 3 Alaskan regions. The module also repre
sents foreign sourc~s of natural gas, including
pipeline imports and exports to Canada and Mexico,

• and imports and exports of liquefied natural gas
(LN.G). . . .. . ‘. .

Crude oil production quarititiesare used as inputs to
the PMM in’NEMS for conversion and blending into

• refined petroleum products. Supply curves for natu
ral gas are used as inputs to the Natural’ Gas Trans
mission and Distribution Module for .determining
natural gas prices and quantities. International LNG
supply sources and options for construction of new
regasification terminals in Canada, Mexico, and the
United States, as well as expansions of existing U.S.
regasification terminals, are represented, based on
the projected regional costs associated with interna
tional natural gas supply, liquefaction, transporta
tioñ, and regasificatiori and world natural gas market
conditions. ‘ ‘ ‘

Natural Gas Transmission and Distrthution
Module

The Natural . Gas Transmission and Distribution
Module represents the transmission, distribution,
and pricing of natural gas, subject to end-use demand
for natural gas and the availabilityof domestic natu
ral gas and natural gas traded on the international
market. The module tracks the flows of natural gas
and determines the associated capacity expansion re
quirements in an aggregate pipeline network, con
necting the domestic and foreign supply regions with
12 U.S. demand regions. The flow of natural gas is

194

determined for both a peak and off-peak period in the
year. Key components of pipeline and distributor tar
iffs are included in separate pricing algorithms.

Petroleum ‘Market Module

The PMM projects prices ‘of petroleum products~
crude oil and product import activity, and domestic
refinery operations (including fuel consumption),
subject to the demand for petroleum products, the
availability and price of’impor.ted petroleum, and the
domestic production of crude ‘oil, natural gas liquids,
and biofuels (ethanol,’ biodiesel, biobutanol, etc.). The
module represents• refining activities’, in, the five
PADDs. It explicitly models the requirements ‘of
EISA2007 and CAAA9O and the costs of automotive
fuels, such ‘as conventional and reformulated gaso
line, and includes the production ofbiofuels for blend
ing in ‘gasoline and ‘diesel. , •,

AE02008 represents regulations that limit the sulfur
content of all nonroad and locomotive/marine diesel
to 15 parts per milliOn (ppm) by mid-2012. ThO mod
ule also reflects the renewable fuels standard (RFS)
in ~lISA2007 ‘that requIres the use of 36 billion gallons
per year ofbiofuels by 2022, wtth corn ethanol limited
toTh billiOn. gallons’ par year. ‘Demand growth’ and
regulatory changes necessitate capacity expansion for
refinery proces~ing units’. End-use prices are based on
the marginal costs ofprodüction, plus markups repre
senting the costs of product marketing and distribu
tion and State and Federal taxes [81. Refinery capac
ity expansion at existing site~ is permitted in each of
the five refining regions modeled,

Fuel ethanol and biodiesel are included in the PMM,
because they are commonly blended into petroleum
products. The module allows ethanoi blending into
gasoline at 10 percent by volume or less (B 10), as well
as E85, a blend of up to 85 percent ethanol by volume.

,Ethanol’ is produCed primarily in the Midwest from
corn or other starChy crops,’ and, in the’ future it may
also be produced from cellulosic material, such as
switchgrass ‘and poplar. Biodiesel is produced from
seed oil,’ imported palm oil, animal ‘fats, or yellow
grCa~e (primarily, recycled cooking oil).

Both domestic and imported ethanol count toward
the RFS. Domestic ethanol production is modeled
from two feedstocks: corn and cellulosic materials.
Corn-based ethanol plants are numerous (more than
100 are now in operation, producing more than 5 bil
lion gallons annually) ançl,are ba~ed on a well-known
technology that Converts sugar into ethanol, Ethanol
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from cellulosic sources is a new technology with no
pilot plants in operation; however, DOE awarded
grants (up to $385 million) in 2007 to construct capac
ity totaling 147 million gallons per year, which
AE02008 assumes will be operational in 2012. Im
ported ethanol may be produced from cane sugar or
bagasse, the cellulosic byproduct of sugar milling.
The sources of ethanol are modeled to compete on an
economic basis and to meet the EISA2007 renewable
fuels mandate.

Fuels produced by gasification and Fischer-Tropsch
synthesis are modeled in the PMM, based on their
economics relative to competing feedstocks and prod
ucts. The three processes modeled are coal-to-liquids
(OTL), gas-to-liquids (GTL), and biomass-to-liquids
(BTL). CTL facilities are likely to be built at locations
close to coal supplies and water sources, where liquid
products and surplus electricity could also be distrib
uted to nearby demand regions. GTL facilities may be
built in Alaska, but they would compete with the
Alaska Natural. Gas Transportation System for avail
able natural ga~resources. BTL facilities are likely to
be built where; there are large supplies of biomass,
such as crop realdues and forestry waste. Because the
BTL process uses cellulosic feedatocks, it is also mod
eled as a choice to meet the EISA2007 cellulosic
biofuels requirement.

Coal Market Module

The Coal Market Module (0MM) simulates mining,
transportation, and pricing of coal, subject to end-use
demand for coal differentiated by heat and sulfur con
tent. U.S. coal production is represented in the 0MM
by 40 separate supply curves—differentiated by re
gion, mine type, coal rank, and sulfur content. The
coal supply curves include a response to capacity utili
zation of mines, mining capacity, labor productivity,
and factor input costs (mining equipment, mining la
bor, and fuel requirements). Projections of U.S. coal
distribution are determined by minimizing the cost of
coal supplied, given coal demands by demand region
and sector, accounting for minemouth prices, trans
portation costs, existing coal supply contracts, and
sulfur and mercury allowance costs, Over the projec
tion horizon, coal transportation costs in the 0MM
are projected to vary in response to changes in rail
road productivity and the cost of rail transportation
equipment and diesel fuel.

The 0MM produces projections of U.S. steam and
metallurgical coal exports and imports, in the context
of world coal trade. The 0MM determines the pattern

of world coal trade flows that minimizes the produc
tion and transportation costs of meeting a specified
set of regional world coal import demands, subject to
constraints on export capacities and trade flows, The
international coal market component of the module
computes trade in 3 types of coal for 17 export and 20
import regions. U.S. coal production and distribution
are computed for 14 supply and .14 demand regions.

Annual Energy Outlook 2008 Cases

Table El provides a summary of the cases used,to de
rive the AJ3J02008 projections. For each case, the table
gives the name used in this report, a brief description
of the major assumptions underlying the projections,
a designation of the mode in which the case was run in
NEMS (either fully integrated, partially integrated,
or standalone), and a reference to the pages in the
body of the report and in this appendix where the case
is discussed. The following sections describe the cases
listed in Table El. The reference case assumptions for
each sector will be described in Assumptions to the
Annual Energy Outlook 2008 [9].at web site www.eia.
doe.gov!oiaf/aeo/assumption. Regional results and
other details of the projections are available at web
site www.eia.doe.gov/oiafYaeo/supplement.

Macroeconomic Growth Cases

In addition to the AE02008 reference case, the low
economic growth and high economic growth cases
were developed to reflect the uncertainty in projec
tions of economic growth. The alternative cases are
intended to show the effects of alternative growth as
sumptions on energy market projections. The cases
are described as follows:

The low economic growth case assumes lower
growth rates for population (0.5 percent per year),
nonfarm employment (0.5 percent per year), and
labor productivity (1.5 percent per year), resulting
in higher prices and interest rates and lower
growth in industrial output. In the low economic
growth case, economic output as measured by real
GDP increases by 1.8 percent per year from 2006
through 2030, and growth in real GDP per capita
averages 1.3 percent per year.

The high economic growth case assumes higher
growth rates for population (1.2 percent per year),
nonfarm employment (1.2 percent per year), and
labor productivity (2.4 percent per year). With
higher productivity gains and employment
growth, inflation and interest rates are lower than
in the reference case, and consequently economic
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Table El. Summary of the AEO2O.08 cases

~ Integration Reference Reference in
Case name. Description mode in text Appendix E

Reference Baseline economic growth (2.4 percent per year from Fully -

• 2006 through 2030), world oil price, and technology integrated

~

Early-Release Released in 12/2007, thIs case excludes EISA2007 and Fully p. 3 -

Reference .. other changes In the reference case, Partial projection integrated
tables in AppendixD

Low Econoriiio Growth GDP gràws at an average an.hual rate of 1,8 percent from Fully~ p. 54 p.195
. . . . .2006 through.203.Q. Other assumptions are the same ~s integrated

in the reference.cdse, Partial projection tables in . .

~
High Economic Growth GDP grows at~n average annualrate of 3.0 percent from Fully p.54 p. 195

. 2006 through 2030. Other assUmptiorls.are the same as integraled
in the reference case. Partial projection tables in

~ ~pp~flg2~B
Low Price More optimistic assumptionsforworldwldè &ude oil and Fully . p. 50 p. 199

~ natural gasresburces and the behavior of the integrated
.~ Organization of the Petroleuril Exporting Countries

(OPEC) thanin thereference case. World light, sweet
~ crude oil prices are $42. perbarrel in 2030, compared with

S $70 per barrel in the referencecase (2006 døllars)~ Other .

. . assumptions a~e the ~ as inthe refe~ence case. :

!~!P~J~≤iJ2SC .,

High Price . Morepessimistic.assümptlons for worldwid~ crude oil and Fully ~.. p. 50 p. 199~ natural gas resourdes and OPEC behavior than in the integrated .

. reference case. Woridlight, sweót crude oil priced are
. about$119 per barrel (2006 dollars) in 2030. Other .

assumptions are the same asin the reference case,
ar~Jai.projectJon,tabiesinAppendLxC

Residential:• Future equipment purchases based on equipment’ With p. 59 p. 199
2008 Technology . available in 2008. ExistIng building shell efficlencics fixed commercial

-. ~
Residential: Earlier avalIability, lower costs, and higher efficiencies With p. 59 p. 199
High Technology assumed] fQr more advanced equipment. Building shell commercial .

efficiencies for new construction meet ENERGY STAR
. requirements after 2016, Partial projection tables in . .

Residential: Future equipment purchases and new building shells With . p: 60 p. 199
. Best Available based on most efficient technologies available by fuel. commercial~~

TechnolOgy . . Building shell efficiencies for new Construction meet the .

. . . . crlter~afor most efficient componentsafter 2008, Partial . .

~
Commercial: Future equipment purchases based on equipment With p. 61 p. 199
2008 Technology available. in 2008, BuIlding shell efficiencies fixed at 2008 . residential

vels Partial projection tables in Ap,pendix
Commercial: Earlier availability, lower costs, and higher efficiencies With p. 61 ‘ . p. 200
High Technology assumed for. more advanced equipment. Building shell residential

. efficiencies for new and~existing buildings increase by
8.75 and 6.25 percent, respectively, from 2003 values by.
2030. Partial projection tables In Appendix D.
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Table El. Summary of the AE02008 cases (continued)

~ Integration Reference Reference In
Case name Description mode In text Appendix E

Commercial: Future equipment purchases based on most efficient With p. 62 P. 200
Best Available technologies available by fuel. Building shell efficiencies residential
Technology for new and existing buildings increase by 10.5 and 7.5

percent, respectively, from 2003 values by 2030. Partial
ppjpgj~gljtabiesinAppendflxD

Industrial: Efficiency of plant and equipment fixed at 2008 levels. Standalone p. 65 p. 200
~Q,Q8~~~pjpgy ~ tables in Appendix D
Industrial: Earlier availability, lower costs, and higher efficiencies Standalone p. 65 p. 200
High Technology assumed for more advanced equipment, Partial projection

taI~es~nApperdxD
Transportation: Reduced costs and improved efficiencies assumed for Standalone p. 66 p. 200
High Technology advanced technologies. Partial projedtion tables in

Electricity: New nuclear capacity assumed to have 10 percent lower Fully p. 177 p. 201
Low Nuclear Cost capital and operating costs in 2030 than in the reference integrated

case. Partial projection tab~s In Appendix D
Electricity: Costs for new nuclear technology assumed not to Fully p. 177 p. 201
High Nuclear Cost improve from 2008 levels in the reference case. Partial Integrated
~

Electricity: Costs and efficiencies for advanced fossil-fired generating Fully p. 178 p. 201
Low Fossil Cost technologies improve by 10 percent in 2030 from integrated

reference case values. Partial projection tables in
‘: AppendjxD

Electricity: New advanced fossil generating technologies assumed Fully p. 178 p. 201
High Fossil Cost not to improve over time from 2008. PartIal projection integrated

tab~sinAppendxD
Renewable Fuels: New renewable generating technologies assumed notto Fully P. 71 p. 201
High Renewable Cost improve overtime from 2008. Partial projection tables in integrated

App nID
Renewable Fuels: Levelized cost of energy for nonhydropower renewable Fully p. 71 p. 201
Low Renewable Cost generating technologies declines by 10 percent in 2030 Integrated

from reference case values. Partial projection tables in
Append ix D

Oil and Gas: Cost, finding rate, and success rate parameters adjusted Fully P. 76 p. 202
Rapid Technology for 50-percent more rapid improvement than in the Integrated
~

Oil and Gas: Cost, finding rate, and success rate parameters adjusted Fully p. 76 p. 202
Slow Technology for 50-percent slower improvement than in the reference integrated

cas~ Partial projection tab~s In AppendixD
Oil and Gas: LNG imports exogenously set to a factor times the Fully p. 49 p. 202
High LNG Supply reference case levels from 2010 forward, with remaining integrated

assumptions from the reference case, The factor starts at
1.0 in 2010 and increases llrlearlyto 3.0 by 2030. PartIal
projection tabi es in Appendix D

Oil and Gas: LNG imports held constant at 2009 levels, with remaining Fully p. 49 p. 202
Low LNG Supply assumptlons from the reference case. Partial projection integrated

tat~es AppendllxP
Oil and Gas: The Arctic National Wildlife Refuge (ANWR) in Alaska is Fully p. 183 p. 202
ANWR opened to Federal oil and natural gas leasing, with integrated

remaining assumptions from the reference case. Partial
projection tables in Appendix D.
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Table E’L Summary of the AE02008 cases (continued)

. .. : Integration Reference Reference in
Case name Description mode in text Appendix E

Coal: Productivity for.coal mining and coal transportation Fully p. 84 p. 202
Low Coal Cost assumed to Increase more rapidly than in t,he reference integrated

case.Coal mining wages, mine equipment, and.coal
transportation equipment costs assumed to be lower than
in the reference case, Partial projection tables in
~pp~n~J~cD

Coal: Productivity for coal mining and coal transport~tion FUlly p. 84 p. 203
High Coal Cost assumed to Increase more siowly than in the reference integrated.

. case. Co~l mining wages, mine equipment, ~nd cç~l, . .

~ : transportation equipment costs assumed to be’highèr
. than in the referencecase. Partial projection tables.in

Appendix D
Integrated Combination of the residential, commercial, and industriOl Fully p. 176 p. 203
2008. Technology 2008 technology cases; and the electricity high fossil integrated

• cost, high renewable cOst,and high nuclearcOst cases.

~

Integrated Combination of the residential, commOrcial, industrial, Fully . p. 176 p. 203
High Technology and transportation high technology cases;and the integrated

. electricity low fossil cost, low renewable cost, and low ‘‘ ‘

‘ .. nuclear cost cases. Partial projection tables In Appendix V

~ D.. V .

Integrated . . Assumes.future weather resembles 30-year average, as . Fully ‘ V V V p. 45 p. 203
Alternative Weather opposed to 10 year average integrated
High Energy Project Recent cost increases are assumed to continue. ease Fully p. 34 p. 203

~ Cost . costs for new siectridity generatiOn capa’cltyIncrease . integrated ‘ V

V. throughout the projection. Capital costs for oil and gas . .

V. . exploration and production (E&P) activities remain at ~. V

V increased levels, as experienCed since 2003, Refining . V

costs increase fromourrent costs, V

Low Energy Project Recent cost increases are assumed to revert back to Fully p.34 p. 203
Cost lower levels of a few years ago, Base .oosts for new~ integrated

electricity generation capacity decrease by 15 pej~cent V

over 10 years, then remain flat, Capital costs for.oil and V V

. gas E&P fall back toward their pre-2003 levels overtime. V

~
Limited Electricity New coal-fired’piants are not built unleasthey include Fully p. 38 p. 203
Generation Supply sequestration. Other non-natural-gas capacity restricted integrated

to reference case levels or assumed to have higher costs. . V V

V Existing nuclear u~lts assumed.to have lower output than
in the reference case. V

Limited Natural Gas No Arctic natural gas pipelines are in operation by 2030. Fully p. 38 p. 204
Supply LNG Import values are held cOnstant at 2009 levels from integrated

~ 2010 forward. Oil and gas resources are.15percent V

lower, and the technological progress rats is 5.0 perc.ent . , . V

~ below the rate in the reference case. .

Combined Limited Combines all the assumptions of the limited electricity Fully p. 38 p. 204
V generation supply and limited natural.gas supply cases. Integrated
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output grows at a higher rate (3.0 percent per
year) than in the reference case (2.4 percent).
GOP per capita grows by 1.8 percent per year,
compared with 1.6 percent in the reference case.

Price Cases

The world oil price inAEO2008 is defined as the aver
age price of light, low-sulfur crude oil delivered in
Cushing, Oklahoma, and is similar to the price for
light sweet crude oil traded on the New York Mercan
tile Exchange, A13J02008 also includes a projection of
the US. annual average refiners’ acquisition cost of
imported crude oil, which is more representative of
the average cost of all crude oils used by refiners.

The historical record shows substantial variability in
world oil prices, and there is arguably even more un
certainty about future prices in the long term.
AE02008 considers three price cases (reference,
low price, and high price) to allow an assessment
of alternative views on the course of future oil
and natural gas~:prices. In the reference case, world
oil prices mode~ate from 2006 levels through 2016
before beginning to rise to $70 per barrel in 2030
(2006 dollars). The low and high price cases define
a wide range of potential price paths (from $42
to $119 per barrel in 2030). The two cases reflect
different assumptions about decisions by OPEC
members regarding the preferred rate of oil pro
duction and about the future finding and develop
ment costs and accessibility of conventional oil
resources in non-OPEC countries. Because the low
and high price cases are not fully integrated with a
world economic model, the impact of world oil prices
on international economies is not accounted for
directly.

The reference case represents ETA’s current judg
ment regarding exploration and development
costs and accessibility of oil resources in non-
OPEC countries. It also assumes that OPEC pro
ducers will choose to maintain their share of the
market and will schedule investments in incre
mental production capacity so that OPEC’s con
ventional oil production will represent about 40
percent of the world’s total liquids production.

The low price case assumes that OPEC countries
will increase their conventional oil production to
obtain approximately a 44-percent share of total
world liquids production, and that conventional
oil resources in non-OPEC countries will be more
accessible and/or less costly to produce (as a result

of technology advances, more attractive fiscal re
gimes, or both) than in the reference case. With
these assumptions, non-OPEC conventional oil
production is higher in the low price case than in
the reference case.

The high price case assumes that OPEC countries
will continue to hold their production atapproxi
mately the current rate, sacrificing market share
as global liquids production increases. It also as
sumes that oil resources in non-OPEC countries
will be less accessible and/or more costly to pro
duce than assumed in the reference case.

Buildings Sector Cases

In addition to the AE02008 reference case, three
standalone technology-focused cases using the Resi
dential and Commercial Demand Modules of NEMS
were developed to examine the effects of changes to
equipment and building shell efficiencies.

For the residential sector, the three technology-
focused cases are as follows:

The 2008 technology case assumes that all future
equipment purchases are based only on the range
of equipment available in 2008. Existing building
shell efficiencies are assumed to be fixed at 2008
levels (no further improvements). For new con
struction, building shell technology options are
constrained to those available in 2008.

• The high technology case assumes earlier avail
ability, lower costs, and higher efficiencies for
more advanced equipment [101. For new construc
tion, building shell efficiencies are assumed to
meet ENERGY STAR requirements after 2016.

• The best available technology case assumes that
all future equipment purchases are made from a
menu of technologies that includes only the most
efficient models available in a particular year for
each fuel, regardless of cost. For new construc
tion, building shell efficiencies are assumed to
meet the criteria for the most efficient compo
nents after 2008.

For the commercial sector, the three technology-
focused cases are as follows:

• The 2008 technology case assumes that all future
equipment purchases are based only on the range
of equipment available in 2008. Building shell effi
ciencies are assumed to be fixed at 2008 levels.
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• The high technology case assumes. eerlier avail
ability, lower costs, and/or higher. efficiencies for
more advanced equipment than, in .the reference
case [111.. Building shell efficiencies for new and
existing buildings in 2030 are assumed to be 8.75
percent and 6.25 percent higher, respectively,
than their 2003 levels—a 25-percent improve
ment relative to the reference case.

• The best available technology, case assumes that
all future equipment purchases are made from a
menu of technologies that includes only the most
efficient models available in a particular year for
each fuel, regardless of cost. ‘Building shell, effi
ciencies for new and existing buildings in 2080 are
assumed to be 10.5 percent. and 7.5 percent
higher, respectively, than their 2003 values—a
50-percent improvement relative to the reference
case, .

TheResidential and Commercial Demand Modules of
NEMS were also used’tó completethe high renewable
and low renewable cost.cases, which are discussed in
more detail as part of the’ Renewable Fuels ,CaCes sec
tion below; In combination with assumptions for elec
tricity generation from renewable fuels in the electric
power sector and Industrial sector, these sensitivities
analyze the impact of changes in generating.technolo
gies that use renewable.fuels and in .the availability of~
renewable energy sources. For the Residential and
Càmmercial Demand Modules:

The low renewable cost case assumes greater im
provements in residential and commercial PV.and
wind systems than in the reference case. The low
renewable’ cost assumptions result in capital cost
estimates for 2030 that are approximately 10 per
cent lower than reference case costs for distrib

‘:üted PV technologies. .‘ . .

• ‘The high renewable cost ‘case assumes that posts
and performance levels for residential and com
mercial PV and wind systems remain constant at
2008 levels through 2030.

Industrial Sector Cases

In addition to the AE02008. reference case, two stand
alone cases using the Industrial Demand Module of
NEMS were developed to examine the effects of less
rapid and more rapid technology change and adop
tion. Because these are ttandalone cases, the’ energy
intensity changes discussed in this. section e~clude
the refining industry. Energy use in the refining in
dustry is estimated as part ofthe PMM in NEMS. The

200

Industrial Demand Module was also used as part of
the integrated low and high renewable cost cases. For
the industrial sector: .

The 2008 technology case holds the energy effi
ciency of plant~ and equipment constant at the
2008 level over the projection period. In this case,
delivered energyintensity falls by 1.1 percent an
nually between 2006 and 2030, as compared with
1.6 percent annually in the reference case.
Changes in aggregate energy intensity may result
both from changing equipment and production ef
ficiency and from changing composition of indus
trial output. Because the level and composition of
industrial output are the same in the reference,
2008 technology, and high technology cases, any
change in energy intensity in the two technology~
cases is attributable to efficiency changes.

The high. technology case assumes earlier avail
ability, lower costs, and higher efficiency for more
advanced equipment [12] ‘and a more rapid rate of
improvement in.~he recovery of b~omass byprod

:,ucts .from industrial processes (0.7 . percent per
year, as compared with 0.4 percent .per year in .the
referønce case). The same assumption is incorpo
rated .in the integrated low renewable cost case,
‘which focuses on electricity generation. Although
the choice of 0.7-percent annual rate of improve
ment in byproduct recovery is an assumption of
the high technology case, it is based on the expec
tation that there would be higher recovery rates
and substantially increased use of ClIP in, that
case; Delivered energy intensity falls by 1.9 per
cent annually in the high technology case..’

The 2008 technology case was run with only the In
dustrial Demand Module, rather than in fully inte
grated NEMS runs. Oonsequently, no potential feed
back effects from energy market interactions were
captured, and energy consumption and production in
the refining industry, which are modeled in the PMM,
w.ere excluded.

Transportation Sector Cases

In addition to the A13J02008 reference case, one
standalone case using the Transportation Demand
Module of NEMS was developed to examine the effect
of more rapid technology change and adoption. For
the transportation sector:

.. In the high technology case, the characteristics
of Conventional and alternative-fuel light-duty ve
hicles reflect more optimistic’ assumptions about
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incremental improvements in fuel economy and
costs [13]. In the freight truck sector, the high
technology case assumes more incremental im
provement in fuel efficiency for engine and emis
sions control technologies [14]. More optimistic
assumptions for fuel efficiency improvements are
also made for the air, rail and shipping sectors.

The high technology case was run with only the
Transportation Demand Module rather than as fully
integrated NEMS runs. Consequently, no potential
macroeconomic feedback on travel demand was cap
tured, nor were changes in fuel prices incorporated.

Electricity Sector Cases

In addition to the reference case, four integrated
cases with alternative electric power assumptions
were developed to analyze uncertainties about the fu
ture costs and performance of new generating tech
nologies. Two of the cases examine alternative as
sumptions for nuclear power technologies, and two
examine alternative assumptions for fossil fuel tech
nologies. Refereñëe case values for technology charac
teristics are detaf’hiined in consultation with industry
and government~specialists; however, there is always
uncertainty surrounding newer, untested designs.
The electricity cases analyze what could happen if
costs of advanced designs were either higher or lower
than assumed in the reference case, The cases are
fully integrated to allow feedbackbetween the poten
tial shifts in fuel consumption and fuel prices.

Nuclear Technology Cases

The cost assumptions for the low nuclear cost case
reflect a 10-percent reduction in tha capital and
operating costs for advanced nuclear technology
in 2030, relative to the reference case, The refer
ence case projects an 18-percent reduction in the
capital costs of nuclear power plants from 2007 to
2030. The low nuclear cost case assumes a
26-percent reduction between 2007 and 2030.

The high nuclear cost case assumes that capital
costs for the advanced nuclear technology do not
decline during the projection period but remain
fixed at the 2008 levels assumed in the reference
case.

Fossil Technology Cases

• In the low fossil cost case, capital costs, heat rates,
and operating costs for advanced coal and natural
gas generating technologies are assumed to be 10
percent lower than reference case levels in 2030,

Because learning occurs in the reference case,
costs and performance in the low fossil cost case
are reduced from initial levels by more than 10

• percent. Heat rates in the low fossil cost case fall
to between 16 and 31 percent below initial levels,
and capital costs are reduced by 19 to 25 percent
between 2007 and 2030, depending on the
technology.

• In the high fossil cost case, capital costs and heat
rates for coal gasification combined-cycle units
and advanced combustion turbine and com
bined-cycle units do not decline during the projec
tion period but remain fixed at the 2008 values as
sumed in the reference case.

Additional details about annual capital costs, operat
ing and maintenance costs, plant efficiencies, and
other factors used in the high and low fossil technol
ogy cases will be provided in Assumptions to the An
nual Energy Outlook 2008 [15].

Renewable Fuels Cases

In addition to the AE02008 reference case, two inte
grated cases with alternative assumptions about re
newable fuels were developed to examine the effects
of less aggressive and more aggressive improvement
in renewable technologies, The cases are as follows:

In the high renewable cost case, capital costs, oper
ating and maintenance costs, and performance
levels for wind, solar, biomass, and geothermal re
sources are assumed to remain constant at 2008
levels through 2030.

In the low renewable cost case, the levelized costs
of energy for generating technologies using re
newable resources are assumed to decline to 10
percent below the reference case costs for the
same resources in 2030. For most renewable re
sources, lower costs are represented by reducing
the capital costs of new plant construction. To re
flect recent trends in wind energy cost reductions,
however, it is assumed that wind plants ulti
mately achieve the 10-percent cost reduction
through a combination of performance improve
ment (increased capacity factor) and capital cost
reductions. Biomass supplies also are assumed to
be 10 percent greater for each supply step. Other
generating technologies and projection assump
tions remain unchanged from those in the refer
ence case. In the low renewable cost case, the rate
of improvement in recovery of biomass byprod
ucts from industrial processes is also increased.
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Oil and Gas Supply Cases

Two alternative technology cases were created to as
sess the sensitivity of the projections to changes in the
assumed rates of progress in oil and natural gas sup
ply technologies. In addition, high and low LNG sup
ply cases were developed to examine the impacts of
variations in LNG imports on the domestic natural
gas market.

In the rapid technology case; the parameters rep
~‘esentiñg the effects of technological progress on
finding rates, drilling, lease equipmaiit and ‘oper

• ating costs, and success. rates for conventional oil
and natural gas drilling in the reference case are
increased by 50 perCent. A number of key E&P
technologies for unconventional natural gas also.
are increased by 50 percent in the rapid tech
nology case. Key supply parameters for Canadian
oil and natural gas are also modified to simulate
the assumed impacts of more rapid all and natural
gas technology penetration on Canadian supply
‘potential. All other parameters in the model
are .kept ‘at the reference case values, includ~
iug technology parameters ~for ~other modules,
parameters affecting foreign, oil supply, and
assumptions about imports and Oxports of LNG
and natural gas trade’ bet*eeh the United States
and Mexico. Specific detail ‘by region ‘and fuel
category will be provided ‘in Assumptions to the
Annual Energy Outlook 2008 ‘[16].

In the slo,w technology case, the parameters repre
senting the effects of technological progress on
finding rates, drilling, lease equipment and óper
ating cost’s, and success’ rates for conventional oil’
and natural gas drilling in the 4E02008 reference
case are reduced by 50 percent. A number of key
E&P technologies for unconventional natural gas
also are reduced by 50 percent in the slow technol
ogy case. Key, Canadian supply parameters are
also modified to simulate’ the ‘assumed impacts of
.slow oil and natural gas technology penetration
on Canadian supply potential. Afl other parame
ters in the model ‘are kept at the reference case
values.

The high LNG supply case exogenously specifies
LNG import levels for 2010 through 2030 equal to
a factor times the reference case levels. The factOr
starts at 1.0 in 2010 and linearly increases to 3.0
by, 2030. The intent is to project the potential im
pact on domestic markets if LNG imports turn out
to be,higher than projected in the reference case.
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• The low IJNG supply case exogenously specifies
LNG imports at the 2009 levels projected in the
reference case for 2010 through 2030. The intent
is to project the potential impact on domestic mar
kets if’ LNG imports turn out to be lower than pro
jected in the reference case.

• The ANWR case assumes that Federal’legislation
is passed during 2008, which’ permits Federal oil
and gas leasing in ANWR. This case also assumes
that oil and natural gas leasing will commence af
ter ‘2008 in the State and Native lands, which are
either in or adjoining ANWR.

coal Market ~3ases ‘

~Two alternative coal cast cases examine the impacts
on U.S. coal supply, demand, distribution, and prices
that result from alternative assumptions abOut min
ing productivity, labor costs, and, mine equipment
costs on the production side, and railroad productiv
ity and rail equipment costs on the transportation
side. The alternative productivity ‘and cost ássump
tions are applied in every year from 2009 through
2030; For the coal cost cases,;adjustm,ents to the refer
ence case assumptions. for poal mining and railroad
productivity are based on variations in growth rates
observed in the data for thqse industries since 1980,

“The ,variation~ in annual productivity growth rates
over the historical peribd,are estimated at 3.3 percent
for coal mining and 2.5 percent for’ rail transporta
tion. The low and high coal cost cases represent fully
integrated NEMS runs, with feedback from the mac
roeconomic activity, international, supply, conver
sion,. and end-use demand modules.

• In the, low coal cost ,case, the average annual
growth rates for coal mining and railroad produc
tivity are higher than,those in the reference case.
On the mining side, adjustments to mine produc
tivity are applied at the supply curve level, and ad
,justrnents to railroad productivity are made at the
regional (East and West) leyel. As an example, the
average growth rate for western railroad produc
tivity is increased from 1.8 percent per year in the
reference case to 4.2 percent per year in ‘the low
coal cost case. Coal mining wages and mine equip
ment costs,.which remain constant in real dollars
in the reference case, are assumed to decline by
approximately 1.0 percent por year in real terms
in the low coal cost case, Railroad equipment
costs, which remain constant in real dollars in the
reference case, are assumed to decrease at a rate
of 1.0 percent per year in the low coal cost case.
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• In the high coal cost case, the average annual pro
ductivity growth rates for coal mining and rail
road productivity are lower than those in the ref
erence case. Coal mining wages and mine
equipment costs are assumed to increase by ap
proximately 1.0 percent per year in real terms.
Railroad equipment costs also are assumed to in
crease by 1.0 percent per year.

Additional details about the productivity, wage, and
equipment cost assumptions for the reference and al
ternative coal cost cases are provided in Appendix D.

Cross-Cutting Integrated Cases

In addition to the sector-specific cases described
above, a series of cross-cutting integrated cases were
used to analyze specific scenarios with broader sec
toral impacts. For example, two integrated technol
ogy progress cases were formed by combining the as
sumptions from the other technology progress cases
to analyze the broader impact of more rapid and
slower technolqgy improvement rates. Another case
examined the i4~p1ications of assuming different lev
els of heating aria cooling degree-days than in the ref
erence case. TWO sets of additional cases were ana
lyzed: one set examines the potential impact of
uncertainty in energy project costs, and the other set
examines the implications of severe demand pressure
on the natural gas industry.

Integrated Technology Cases

The integrated 2008 technology case combines the as
sumptions from the residential, commercial, and in
dustrial 2008 technology cases and the electricity
high fossil cost, high renewable cost, and high nuclear
cost cases. The integrated high technology case com
bines the assumptions from the residential, commer
cial, industrial, and transportation high technology
cases, the electricity high fossil technology case, the
low renewables cost case, and the low nuclear cost
case.

Integrated Alternative Weather Case

The main cases in AJ3J02008 assume a 10-year aver
age for heating and cooling degree-days. The inte
grated alternative weather case assumes a 30-year
average for heating and cooling degree-days, in order
to examine the impacts of a smaller number of heat
ing and cooling degree-days on energy consumption
in the residential, commercial, and electricity genera
tion sectors, as well as on energy prices and 002
emissions. Results from this case are summarized in
the Issues in Focus section of this report.

Energy Project Cost Cases

Investment in new power plants and new refining and
drilling activities depend on the price of certain com
modities, such as steel and concrete, that have in
creased significantly in recent years, as well as other
factors such as capital costs for energy equipment and
facilities and labor costs. The reference case assumes
that investment costs are based on the latest cost
data, including any commodity price increases over
the past few years, and that they will remain at those
levels through 2030; however, there is considerable
uncertainty surrounding the future path of commod
ity prices.

The high energy project cost case assumes that costs
will continue to rise, leading to increasing investment
costs in the energy industry, which are assumed to
grow at the historical rate of the past 5 years. Drilling
costs in the oil and gas industry are assumed to dou
ble from 2006 to 2030, and the costs of steel and other
materials are assumed to increase the cost of con
struction for LNG liquefaction facilities and the cost
of the Alaska pipeline.

The low energy project cost case assumes that costs
will decline gradually, back to the levels of the early
2000s. Results from these two case are summarized in
the Issues in Focus section of this report. Additional
details will be provided in Assumptions to the Annual
Energy Outlook 2008 [171.

Limited Electricity Generation Supply, Limited
Natural Gas Supply, and Combined Limited Cases

Considerable uncertainty surrounds the types of new
generating capacity that will be built in the electricity
generation sector, depending• on potential environ
mental legislation and technological hurdles for new
designs and alternative fuel sources. The volume of
recoverable undiscovered natural gas resources, the
costs associated with producing those resources, and
the potential for bringing new sources of supply to
markets in the lower 48 States, either by Arctic pipe
line or as LNG, also are uncertain. Three cases were
developed to analyze these uncertainties.

The limited electricity generation supply case focuses
only on the potential challenges facing non-natural-
gas generating technologies. This case assumes that,
due to the uncertainty of future environmental
requirements, no new coal-fired plants will be built
unless they include carbon sequestration. It also
assumes that new builds of nuclear, wind and bio
mass will be restricted to reference case levels. New
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non-gas capacity, including sequestration and other
~enewables, is. assumed to cost 25 percent more than
in the reference case~ Output from existing nuclear
capacity is also assumed to decline after plants reach
40 years of age due to uncertainties surrounding the
ability of older plants to maintain~ high capacity
factors.

The limited natural gas supply case examines the
impacts of cànstraints on the development of new
natural gas resources. This case assumes that the two
large gas pipelines under consideration for develop
ment in the Arctic region of North America, to trans
port gas from the North Slope of Alaska and the
MacKenzie. Delta to market, will notbe in operation
by 2030, In the reference case, only the Alaska pipe
line is ~coñomical, coming on-line in •2020’ The lirh
ited natural gas ~upply case also assUmes that LNG
import volumes will remain at .009 levels through
2039, reflecting the potential .i,habi~ity of the U.S.
market ~o attract sigUificant vplumes from th~ world
market. .Th~s. case also uses an assumption coisistent
with the high price case—a .15-percent reduction in
U.S. oil and natural gas resources—and an assump
tion consistent with the oil and gas slow technology
case—a’ 50-p ércent reduction.in the rate of:technolog
ical progress related to costs, finding rates, and~ suc
cess rates. Like the reference case, the limited natural
gas supply case also assumes that no additional capac
ity will be built to produce pipeline-quality natural
gas from coal.

The combined limited case combines the assumptions
of the limited electricity . generation . supply. and
limited natural gas supply cases, Results from these
three case are ~ummari~ed in the “Issues in, Focus”
sect.iofi of this report, Additional details will be pro
vided in Assumptions to the Annu,a~ Energy Outlook
2008 [18]. . .. ..
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C.ê~MR to be unlawful and voided it, ruling that the
EPA had not proved that mercury was a pollutant eli
gible for regulation under a less~ stringent portion of
the Clean Mr Act; however, ETA did not have time to
revise AE02008 before publicatiOn to remove the
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Ft. United States Census Divisions

Appendix F

Regional Maps

Pacific 55 Middle Atlantic ~
West South Central 55 New England 55
East South Central 55 East North Central 55

South Atlantic 55 West North Central 55
Mountain 55

Source: Energy Information Administration. Office of Integrated Analysis and Forecasting.
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Regional Maps

F2. Electricity Market Module Regions

1 East Central Area Reliability Coordination
Agreement (ECAR)

2 Electric ReliabIlity Council of Texas (ERCOT)
3 Mid-Atlantic Area Council (MAAC)
4 Mid-America Interconnected Network (MAIN)
5 Mld-Contir~ent Area Power Pool(MAPP)
6. NeW York (NY)•
7. New England (NE)

Source: ~nergy Information Administration. Office of Integrated Analysis and Forecasting.
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8. FlorIda Reliability Coordinating Council (FL)
9. Southeastern Electric Reliability Council (SEF

• 10. Southwest Power Pool (SPP)
11. Northwest Power Pool (NWP)
12. Rocky Mountain Power Area, Arizona, New

Mexico, .and Southern Nevada (RA)
13. California (CA)•
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F3. Oil and Gas Supply Model Regions

Regional Maps

Source: Energy Information Administration. Office of Integrated Analysis and Forecasting.
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Regional Maps

F4. Natural Gas Transmission and Distribution Model Regions

Source: Energy Information Administration. Office of Integrated Analysis and Forecasting.
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F5. Petroleum Administration for Defense Districts

Regional Maps

Source: Energy Information Administration. Office of Integrated Analysis and Forecasting.
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Regional Maps

F6. Coal Supply Regions

APPALACHIA
Northern Appalachia
Central Appalachia
Southern Appalachia

INTERIOR.
Eastern Interior

~ Western Interior
Gulf Lignite

OTHER WEST
Rocky Mountain
Southwest
Northwest

212

Source: Energy Information Administration. Office of Integrated Analysis and Forecasting.
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F7. Coal Demand Regions

Regional Maps

~Reglo~ COde •R~gior~Coht~nt :
~ 1.NE CT~MA)M~NRRI~VT

~ 2,~YP NY,PANJ
3. ~A’ WV~MDDCDE1VA)~fC,S’C
4~GF~ GAIFL~
~.OH OH.
6. EN LN~L,Mi,WI~
7~KT KYjN~:

Røg~onCQd~. Rgi6i~C~nt~nt

~ ALMS
9. OW MN~IAj~4DJSD~N~MOKS

• •iØ:W~. T(LAOKA1~
~ H MT MTWY~ ID

: i~. ou~ ~o~u~t~v
J2.~N A~NM.
~14O AK,KlWA~OROA

Source: Energy Information Administration. Office of Integrated Analysis and Forecasting.
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Appendix 0

Conversion Factors

Table Gt Heat Rates

~ Approximate
Fuel UnIts Heat Content

Coal
Production million Btu per short ton 20.310
Consumption million Btu pershort ton 20.183

Coke Plants million Btu per abort ton 26.263
Industrial million Btu per short ton 21.652
Residential and Commercial million Btu per short ton 22,016
Electric Power Sector million Btu per short ton 19.952

Imports million Btu per short ton 25.073
Exports million Btu per short ton 25.378

Coal Coke million Btu per short ton 24.800

Crude Oil
Production million Btu per barrel 5.800
Imports million Btu per barrel 5.980

Liquids
Consumption million Btu per barrel 5.338

Motor Gasoline ,..,....,.,,,,, million Btu per barrel 5.218
Jet Fuel, Kerosene Type million Btu per barrel 5.670
Distillate Fuel Oil million Btu per barrel 5.790
Residual Fuel Oil million Btu par barrel 6.287

• Liquefied Petroleum Gas million Btu per barrel 3.605
Kerosene million Btu per barrel 5.670
Petrochemical Feedstocks million Btu per barrel 5.554
Unfinished Oils million Btu per barrel 6.118

imports million Btu per barrel 5.450
Exports million Btu per barrel 5.727
Ethanol million Btu per barrel 3.539
Bled lesel million Btu per barrel 5.376

Natural Gas Plant Liquids
Production million Btu per barrel 3.712

Natural Gas
Production, Dry .,.....,,.,,.,, Btu per cubic foot 1,029
Consumption Btu per cubic foot 1,029

End-Use Sectors Btu per cubic foot 1,030
Electric Power Sector Btu per cubic foot 1,028

Imports Btu per cubic foot 1,025
Exports Btu per cubic foot 1,009

Electricity Consumption Btu per kilowatthour 3,412

Btu = British thermal unit.
Note: Conversion factors vary from year to year. Values correspond to those published by SIA for 2006 and may

differ slightly from model results.
Sources: Energy Information AdmInistration (EIA), Annual Energy Review 2006, DOE/EIA-0384(2006) (Washington,

DC, June 2007), and EIA, AEO200S National Energy Modeling System run A002008,0030208F.
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THE STATE OF NEW HAMPSHI1~~h~ ~—J~
BEFORE THE

NEW HAMPSHIRE I—
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PUBLIC SERVICE COMPANY OF NEW HAMPSHIRE

Investigation of Merrimack Station Scrubber Costs and Cost Recovery
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ON BEHALF OF TRANSCANADA POWER MARKETING LTD. AND

TR4NSCANADA HYDRO NORTHEAST INC.
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A ITAC.HMENT 19

Public Service Company of New Hampshire
Docket No. DE 11-250

Date Request Received: 09/16/2013 Date of Response: 11/14/2013
Request No. DEPOSITION-002 Page 1 of 1
Request from: TransCanada

Witness: Gary A. Long

Request:
Is there another Brattie Group analysis that predates August 1st?

Response:
In response to Q-TECH-01-008, PSNH provided a copy of “Documentation Report for Supplemental
Analysis Requested by the CEAB via La Capra Associates, Inc.,” dated August 1, 2008. That
supplemental analysis was performed subsequent to “Integrated Resource Plan for Connecticut”
prepared by the Brattle Group dated January 1, 2008, which is available on-line at;
http:I/www. ctenerqy. orq/pcif/REVI RP. pdf
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EXECUTIVE SUMMARY

This report is submitted pursuant to Section 51 of PA 07-242, which requires that electric

distribution companies submit a comprehensive resource plan to the Connecticut Energy

Advisory Board (CEAB), The creation of this report entailed a collaborative effort by The

Connecticut Light and Power Company (CL&P), The United Illuminating Company (UI)

(together, “the Companies”) and The Brattle Group, an independent economic consulting firm.

The Brattle Group conducted a regional electricity market analysis that examined how well

selected resource options fared in meeting the performance criteria outlined in PA 07-242 and

the CEAB Preferential Criteria for Evaluation of Energy Projects under a broad range of

potential future scenarios. The results of that analysis underlie the findings and

recommendations outlined below.

FINDINGS

After taking into account planned generation additions, recent and planned transmission projects,

and demand-side measures that are planned or underway, and assuming no retirements, new

electricity resources will not be needed to attain reliability targets for several years in

Connecticut or elsewhere in New England. Under most plausible futures, New England as a

whole will need additional resources mid-way through the next decade for reliability related to

resource adequacy. As part of the overall New England market, Connecticut will share in this

regional resource need, but additional resources located within Connecticut are not required in

this time frame for resource adequacy under the scenarios reviewed. Connecticut will not face a

localized resource shortfall for many years under the scenarios examined in this report. The

overall New England resource need that emerges mid-way through the next decade could be

satisfied by resources located either within or outside of Connecticut. Moreover, recent

transmission projects and planned generation additions will largely eliminate the critical power

flow bottlenecks into and within Southwest Connecticut that have historically made it difficult

and costly to serve load there.

Despite the lack of an imminent need for additional resources to satisfy reliability targets,

however, we find that Connecticut power prices will continue to be both high and possibly

ES-i
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unstable. This is due primarily to the fact that electricity prices in New England will remain

closely linked to natural gas prices, regardless of future events or resource decisions considered

in this study. Natural gas prices are volatile and uncertain, and likely to remain fairly high

relative to levels experienced in the 1990s. Other important issues for Conne~ticut’s electricity

sector include carbon dioxide (C02) emissions levels under regional and ultimately national

climate policies, the availability and cost of renewable resources to satisfy renewable energy

requirements, as well as underlyIng economic growth and its relationship to future electric load

growth. Together, these important concerns can be addressed, at least in part, by resource

planning and regulatory policy.

Heavy regional dependence on natural gas for power generation has two potentially harmful

implications. First,. consumers are exposed to high and uncertain power costs~ because gas is the

price-setting fuel for electricity. Second, using large amounts of natural gas for electricity

generation may increase the potential of gas supply disruptions in the winter months when

overa[l natural gas use peaks (although examining the relationship between using gas as a

generation fuel and possible deliverabilfty issues w~s beyond the s~ope of this study). But

because much of the existing generatiOn base is ga~fired, to substantially change the region’s
çlependence on gas would take a long time and entail exceptional effort and expense. There are

~upply-side resource options (such as coal or nuclear) that could eventually reduce gas usage for

electricity production in New England, but •each has capital cost and/or environmental

performance issues that may not coincide with other policy objectives, However, enhanced

demand-side measures that include energy efficiency can reduce gas usage while helping to meet

future resource needs at lower cost and with less environmental impact.

This analysis shows that the potential net benefits of inéreased DSM — including both energy

efficiency and demand response initiatives — are substantial across a range of potential future

• market conditions. As long as capacity and energy remain expensive, and gas-fired generation is

on the margin, reducing capacity needs and energy usage through OSM will be valuable. DSM

geared toward energy efficiency can also reduce energy consumption, which can reduce overall

energy costs for customers while reducing emissions. (Note that DSM can reduce overall costs,

even though under some circumstances, average unit costs (~/kWh) may actually increase.
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When consumption volumes (kWh) change, a change in unit costs may not accurately reflect

overall customer impacts. In addition, the effect on particular customers or classes is a question

of cost allocation, a raternaking issue that was not addressed in this study.) It should be noted

that the DSM-Focus resource solution represents a very ambitious, program that is

unprecedented in New England,

Connecticut and other New England states have ambitious and escalating renewable energy

procurement targets. However, the growing demand for renewable electric generation created by

these targets may outpace the development of eligible supplies. Connecticut has relatively

limited amounts of economically attractive renewable resource options, and New England states

on the whole may not achieve their aggregate renewable targets over the next decade.

Consequently, the regional price for renewable energy certificates (RECs) could rise above and

remain higher than the alternative compliance payment in Connecticut (other states alternative

compliance payments are higher than Connecticut’s and are likely to set the regional price in a

shortage situation). While Connecticut’s lower price cap helps contain costs for Connecticut

customers, it may also prevent Connecticut load-serving entities (LSEs) from obtaining RECs

when regional REC market prices exceed the. Connecticut price cap level. Hence, there is a

significant possibility that Connecticut’s RPS requirements will not be met with renewable

electric generation, forcing LSEs increasingly to rely on payments to the state (at $55/MWh) for

shortfalls in obtaining renewable energy cei~tificates (RECs). This could place a large economic

burden on ratepayers without displacing conventional generation with renewable generation.

Finally, future electricity market prices are likely to vary substantially, depending on future

market conditions, particularly the price of natural gas. Analyzing outcomes under a

hypothetical cost-of-service regime, in which customers pay for the cost of generation instead of

market prices, we find that the range of costs is smaller across different scenarios, Hence,

arrangements that incorporate cost-of-service principles could potentially enhance the stability of

rates. Although the hypothetical cost-of-service based customer pricing approach examined here

did not explore the specific means and conditions under which cost-of-service pricing would

yield lower customer costs than market-based pricing, the analysis suggests the potential for
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lower prices under cost-of-service pricing under some market conditions, than otherwise might

occur in the future External factors remain significant influences on customer costs

RECOMMENDATIONS

The key findings outlined above are based upon the analysis performed by The Brattle Group,

and lead to foui~ primary recommendations representing a possible path forward to imprcve

electricity procurement in Connecticut, Steps taken in response to .th~se recommendations could

help provide Connecticut customers with reliable, environmentally responsible electric service at

more stable prices and potentially lower customer costs.

Recommendation 1: Maximize the use of demand side management (DSM)., within

practical operational and economic limits, to reduce peak load and energy consumption.

The potential for increased DSM to . reluce customer . costs, gas usage, and ei~vironmenta1

emissions demonstrated in this analysis suggests that DS.M should be pursued more aggres.sivel).

State regulatory authorities should examine, and where possible, Qxplore methods to implement

additional, cost-effective DSM. This would facilitate utility DSM. programs to exceed current

levels and expand upon the .success of ~xist~ng DSM programs.,. While the need for capacity ~s

several years off in Connecticut, DSM’ programs are more cost-effective if they are pursijed

consistently over time, so it is r~asonable to begin the ramp-up to more aggressive DSM

programs in the near term.

The DSM resource investments assumed in this report far exceed the (already aggrcssive) levels

pursued~ by the Companies to date, The pace and magnitude of this expansion warrants careful

monitoring of resource availability, costs, and operational effectiveness as the,, programs develop

over time. ,

(.
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Recommendation 2: Explore other power procurement structures such as longer term

power contracts on a cost-of-service basis with merchant and utility owners of existing and

new generation.

At the present time, the Companies are constrained to enter into contracts with third-party

suppliers with durations not to exceed three years to satisf~’ standard offer service obligations,

which ensures that customers are exposed to power supply prices driven by short-term market

prices, Our finding that customer costs would be more stable under a hypothetical cost-of-

service regime suggests that supply arrangements incorporating cost-of-service principles could

help to stabilize customer rates and potentially, under certain conditions, lower prices for the

customer. This could be achieved by providing the Companies greater flexibility in the

structures and duration of their power supply arrangements on behalf of customers.

Options may include long-term contracting, procuring energy, capacity and reserve products

individually from generators and/or the outright ownership of generating assets, including

baseload generation that is not dependent on natural gas. By reducing the extent to which

utilities are forced to procure power through short-term contracts driven by regional spot market

prices, such ~alternative procurement options can reduce customers’ exposure to uncertain and

potentially high gas prices, and may provide to customers some benefits of a diverse fuel mix,

Addressing these issues may involve the use of procurement strategies and risk management

tools (such as fuel hedging strategies to complement electricity procurement) that go beyond

what can be done in a resource planning context. In addition, strategies such as these should be

coupled explicitly with the assurance of recovery of supply costs associated with approved long-

term power procurement contracts.

Recommendation 3: Evaluate the structure and costs of Connecticut’s renewable portfolio

standard (RPS) in the context of a regional re-examination of the goals and costs of similar

policies in New England.

Connecticut’s renewable portfolio standard as currently structured, while supporting

Connecticut’s renewable goals, may impose additional costs on Connecticut customers without

ES-5

000696



necessarily promoting new renewable generation to displace conventional generation. This

observation suggests that additional study of RPS, structure and costs is warranted at both the

state and regional level to determine the best ways to meet future RPS requirements. At the state

level, for example, the criteria for disbursing funds derived from alternative compliance

payments might be re-examined under the current circumstances. Further analysis could also

examine the potential to fashion regionally-coordjnated policies to address possible renewable

shortfalls and/or regional projects in transmission and renewable capacity,

Recommendation 4: Consider potential ways to mitigate the exposure of Connecticut

consumers to the price and availability of natural gas:

Non-gas baseload generation (e.g., coal, and nuclear) offers a greater reduction in gas use

(particularly in wintertime., when deliverability concerns are highest) than other resource options

stUdied in this report. Although not assessed in this report significant renewable generation

could also mitigate gas dependence.

To the extent that market participants’ investment in non-gas-fired baseload generation is

deemed insufficient to address these risks, state regulatory authorities should consider allowing

contractual or ownership arrangements or other policy options to enable or~encourage investment

in such baseload capacity. Such options should be considered in concert with efforts to reduce

dependence on natural gas use in all sectors (e.g. heating). Both the cost and CO2 emissions

implications of all non-gas options should be considered.
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SECTION I: INTRODUCTION

A. BACKGROUND

On July 1, 2007 Connecticut Public Act 07-242 became effective, which advanced state energy

policy in a variety of areas, including efficiency, electric fuel flexibility, peaking generation and

the development of other electricity resources. Section 51 of PA 07-242 requires that the electric

distribution companies, The Connecticut Light & Power Company (CL&P) and The United

Illuminating Company (UI) submit a joint comprehensive resource plan to the Connecticut

Energy Advisory Board (CEAB) by January 1, 2008. A full text of Section 51 is attached as

Appendix I.

The primary motivation for Section 51 is a desire on the part of the Legislature to engage the

Companies in a comprehensive evaluation and planning process in order to support resource

procurement. Prior to enactment of PA 07-242, there was no established comprehensive

framework to compare potential investments in generation capacity, demand-side measures or

transmission enhancements in order to determine their effects on market outcomes, customer

costs or other important objectives. Section 51 outlines a process to establish such a framework,

and to provide other stakeholders an opportunity to examine and influence the analysis.

In order to perform the required analysis, CL&P and UI (the Companies) issued a Request for

Proposals to selected consultants shortly after PA 07-242 was enacted, After receiving proposals

from several organizations, the Companies selected The Brattle Group to conduct the analysis.

The Brattle Group is a privately-owned economic consulting firm with practice areas spanning

all major energy markets, finance and regulatory and litigation support. Founded in 1990 and

headquartered in Cambridge, Massachusetts, The Brattle Group has approximately 200 staff with

additional offices in Washington DC, San Francisco, CA, London, England and Brussels,

Belgium.

This report is the result of an intensely collaborative process involving the Companies and The

Brattle Group. The Brattle Group provided independent expertise and judgment regarding the

scope and framework for the analysis, constructed the scenarios, established the myriad

000698



assumptions used in the modeling effort and performed all the analyses. The Companies

provided guidance and direction, and helped refine the scenarios and assumptions. The Brattle

Group and the Companies then interpreted the analysis, identified the primary observations

established the key findings, and formulated the recommendations set forthherein.

B. STUDY SCOPE

In broad terms, an analysis designed to fulfill therequirements of PA 07-242 will consist of the

following steps:

Quantify the need for additional resources across a broad range of
uncertain future market cohditions (i.e., under different scenarios);

• Identify potential resource solutions that are consistent with the goals
outlined in the statute;

• Evaluate the performance of resource solutions in future scenarios using
metrics derived from the statute’s requirements;
Recommend resource procurement strategies and provide comments on
other policy, changes.

The scope of the analysis was set out in the contract between the Companies and The Brattle (
Group, which is attached as Appendix J. All of’ the primary objectives were met, although

several elements could benefit from additiOnal analysis in subsequent versions, as discussed at

the end of this report. . . .

C. LIMITATIONS . .

A study of this nature. cannot simultaneously provide results on or insights into every

conceivable topic with the same degree ‘of depth or confidence. Hence, there are limitations ‘to

this analysis, many of which can be addressed in other venues (e.g., DPUC dockets) or in

subsequent versions of reports that respond to the annual requirements of PA 07-242 S.ection 51.

In particular, this study was ‘not intended to provide’ a ‘cost/benefit analysis of transmission

options; did not compa~re the economics of transmission vs. generation or vs. demand-side

options; and does not constitute a transmission reliability assessment. Such .an assessment would

address the mandatory reliability criteria and standards established by various national and

C
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regional bodies, which are applied to the New England transmission system as part of the annual

New England Independent System Operator (ISO-NE) Regional System Plan (RSP),

B. ORGANIZATION OF THIS REPORT

Because of the broad range of issues considered and the comprehensive nature of the analyses,

this report is divided into five main sections. The body of the report describes the background,

the analytical approach and key assumptions, discusses the observations and key findings from

the analysis, and outlines the recommendations, and finally discusses study limitations and

suggested further analyses, A series of appendices follow, which further describe the

underpinnings of the analysis or provide a more in-depth discussion of important issues that

influenced the analysis. These Appendices are:

Appendix Topic

A Electricity Market Analysis
B Scenario Development
C Generation Supply Characterization
D DSM-Focus Resource Solution
E Renewable Energy
F CO2 Reduction Policies
G DAYZER Model Input Assumptions
H Evaluation Metrics
I Section 51 of PA 07-242
J Consultant Scope of Services

Finally, detailed analysis results for each scenario/resource solution/year are provided in a final

section,
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SECTION II: ANALYTIC METHODOLOGY

A. OVERVIEW

The current uncertainties in energy markets, the complexities of the ISO-NE markets and the

implementation of Connecticut energy policies require an irmovative approach to assessing

resource strategies. Recent developments in global energy markets, volatility in U.S. electric

fuel markets, increased renewable energy requirements, emerging climate policies, rapidly

escalating utility construction costs, and continuing evolution in ISO-NE market structure has

made long-term electric resource planning extremely challenging. The Brattle Group has

developed a methodology that captures these elements and yields insights into the impacts of

alternative resource solutions.

The major elements of the analysis are:

Develop scenarios spanning the range of plausible future trajectories of exogenous

factors that are largely beyond state policy makers’ control, including economic growth,

fuel prices, and federal climate~ legislation. Four inte~flall~consistent scenarios are (
constructed, “Current Trends,” “Strict Climate,” “High Fuel/Growth,” and “Low Stress.”

• Quantify the need for new resources to reliably meet electricity demand by comparing

existing (and planned) resources to the ISO-NE-wide installed capacity requirement and

the Connecticut local sourcing requirement established by ISO-NE, The requirements

vary by scenario because the load forecast varies.

• Identify candidate resource solutions, including supply-side and deman4-side resources.

• The four solutions identified for full analysis are “Conventional Gas Expansion,” “DSM

Focus,” “Nuclear,” and “Coal.” Each resource solution was further distinguished by the

degree of inclusion of the New England East-West Solution (NEEWS) proposed

transmission project — a version with all of NEEWS and a version with the Central

Connecticut Reliability Project portion omitted. All solutions are a hybrid of demand-

side and a variety of supply-side resources, but each has a different emphasis as indicated

by the solution name.

(
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• Analyze resource solutions across scenarios and over time (2011, 2013, 2018, and

2030) using electricity market models. This was a comprehensive analysis — with four

scenarios, four resource solutions, two NEEWS assumptions and four years, the number

of cases analyzed became quite large.

• Define metrics for evaluating resource solutions along the policy objectives addressed

in Section 51, included customer costs, emissions, and reliability/security. Many of these

obj ectives are also reflected in the CEAB Preferential Criteria for Evaluation of Energy

Projects.

B. SCENARIO DEFINITION

Long-range analyses must address substantial uncertainty regarding external factors, which can

have important implications for evaluating potential resource solutions, Key external factors

include fuel prices, load growth, and changes in environmental regulation.

In this study, we develop several internally consistent future .scenarios against which we evaluate

the resource solutions. Each scenario reflects a combination of particular values for the relevant

external factors and is characterized by an underlying “driver” in combination with settings of

other external factors that are consistent with this driver, The scenarios are designed so that the

particular combinations of external factors are relatively likely (factors that tend to “go

together”), and/or important (combinations that pose particular risks or opportunities to the

resource strategies).

One of the key steps in developing the scenarios is to understand the relationship between the

scenario drivers — here, economic growth, fuel price and CO2 allowance price — and electricity

prices and power demand. To create consistent relationship between these, we have considered

the interaction between economic growth and electric load, and also the feedback effects by

which fuel and CO2 prices affect power price, which then also influences power demand,

Different factors may have varying impact on energy demand vs. peak load, and we have

captured this distinction as well.
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We have developed four scenarios for this analysis. They are described briefly below, and the

table following summarizes the scenarios, A complete description of the underlying drivers and

analyses that support the scenario parameters is contained in Appendix B.

Table 2.1: Scenario Summary

Scenario Name Fuel Prices Load Cost /Siting CO2 Price
“Current Trends” Moderate Moderate Nominal (high) Moderate

~ (high)
“Strict Climate” Slightly High Slightly Low Nominal (high) High

“High Fuel/Growth” Very High High Higher Somewhat
. Higher

“Low Stress” Low Very 1-ugh Modt rate Moderate
~ (high)

i. Current Trends

The Current Trends scenario is based on a continuation of current conditions and expectations.

Fuel prices follow current, futures prices, and are escalated at growth rates beyond the time

horizon of futures prices reported in Energy Information Administration (ETA) forecasts. Load (~
growth is based on ISO-NE Referen~e Case load giowth forecast, which does not incorporate the

impact of DSM because DSM is represented as a resource and the load forecast reflects

electricity service rather than actual loads. This was adjusted for current and projected levels of

DSM to derive a net supply requirement to be supplied by resources other than current and

projected levels of DSM. Ehvironmental (climate) policy reflects estimated CO2 emission

allowance prices from the Regional Greenhouse Gas Initiative (RGGI) through 2013, after which

moderate federal climate legislation is enacted, resulting in a CO2 price of about $12/metric

tonne in 2014, growing to $26/tonne in 2030 (based on the “safety valve” price cap in the recent

Bingaman~Specter proposal, the Low Carbon Economy Act of 2007),1 Construction costs for

new generating capacity assume that recent price increases in materials and labor continue.

‘The analysis was conducted in real 2008 dollars; unless otherwise indicated, all dollar figures are in 2008
year dollars. (
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ii. Strict Climate Policy

The Strict Climate Policy scenario is driven primarily by more ambitious federal-level climate

policy, based loosely on several of the more stringent legislative proposals that have been

introduced recently. This leads to higher CO2 prices: $26/tonne in 2012, to $60/tonne in 2030,

which translates into higher fossil fuel prices in the power sector. The higher CO2 price causes

some dispatch switching (from coal to gas) and likely a shift toward natural gas-fired generation

for capacity additions across the U.S., (particularly in coal-dominated regions, not necessarily in

New England); this increased natural gas demand pushes up U.S. natural gas prices somewhat

(though this is partly tempered by a decrease in non-electric use of natural gas). The overall

effect on gas prices is to increase them by about 10% (not including the implicIt price increase

due to higher CO2 prices). The high CO2 price and higher gas price are reflected in higher

electricity prices, which cause a reduction in load growth relative to the Current Trends scenario.

iii. High Fuel/Growth

The HighFuel/Growth scenario is characterized by high (regional, national and/or global)

economic growth, in combination with substantially higher natural gas prices — up about 70%

from level assumed in the Current Trends scenario. High natural gas prices are driven at least in

part by high U.S. gas demand (and strong global demand for LNG, which limits its role in

holding domestic prices down). Oil prices are also increased by 20-30% from the Current

Trends scenario. (At this writing, oil prices have already increased nearly 20% since the Current

Trends fuel prices were set for the study.) Electric load growth in this scenario is affected by

two strong but opposing factors — high economic growth tends to increase load growth, while

higher fuel prices push up power prices, which tends to decrease load relative to what it would

otherwise be. On balance, the fuel price increase effect is stronger, and actual load growth in this

case is lower than in the Current Trends scenario, Federal climate legislation similar to that in

the Current Trends Case is assumed (e.g., a “safety valve” caps CO2 allowance prices), but the

CO2 allowance price cap is assumed to be set at 30% higher than in the Current Trends scenario.

This reflects the greater expense of achieving CO2 reductions with higher natural gas prices, and

the political acceptance of setting a higher “safety valve” price in the context of an era of high

economic growth.
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iv. Low Stress

Histbrically, periods of high prices are often followed by a return to earlier, lower price trends.

The Lowered Stress scenario reflects a return to~ somewhat lower fuel costs, reversing some of

the recent price increases. Fuel prices are about 40% below their Current Trends levels, with oil

and gas maintaining the same proportional relationship as in the Current Trends scenario.

Similarly, generation construction costs are lower than in the Current Trends scenario, as some

of the recent significant and rapid increases in construction costs abate somewhat over the longer

run. In response to the resulting decrease in power prices, load is higher than in the Current

Trends scenario. Federal climate legislation similar to that in the Current Trends scenario is

assumed,

C. QUANTIFICATION OF RESOURCE NEEDS

The purpose of this study is to identify the multi-attribute costs and risk~ associated with various

resources options for meetingfuture electricity ne~ds. Hence the starting point for the study,

before describing the types of resources, is tO quantify the amount of new resources that will be

needed. Resource needs are driven. prin~arily by reliability concerns: having enough generating

capacity installed to serve all demand during the hottest, highest-demand day of the year. given

the possibility of unplanned, generation .out~ges, using a formal criterion that reduces the

probability of having inadequate generation to one day in ted years as required by NPCC.2

To that end, there are two simultaneous resource adequacy requirements affecting Connecticut

customers. One is the ISO-NE-wide installed capacity requirement (ICR), requiring each load

serving entity and the system as a whole to have a certain amount of installed capacity. The

2 ISO-NE must compiy with the Northeast Power Coordinating Council’s resource adequacy design criterion,

which states, “Each Area’s probability (or risk) of disconnecting any firm load due to resource deficiencies
shall be, on average, not more than once in ten years. Compliance with this criteria shall be evaluated
probabilisticaUy, such that the loss of load expectation [LOLEJ of disconnecting firm load due to resource
deficiencies shall be, on average, no more than 0.1 day per year. This evaluation shall make due allowance
for demand uncertainty, scheduled outages and deratings, forced outages and deratings, assistance over
interconnections with neighboring Areas and Regions, transmission transfer capabilities, and capacity
and/or load relief from available operating procedures.’
See http://www.npcc.org/documents/regStandards/Criteria.aspx for more information. (
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second is the Connecticut local sourcing requirement (LSR) requiring a certain minimum amount

of capacity to be located in Connecticut,

The analysis projects the necessary amount of new resources (the “resource gap”) based solely

on these two reliability requirements then examines the economics (and other metrics) of various

resource options for meeting that gap. This corresponds to the CEAB Preferential Criteria l.A

that resource proposals “meet identified energy needs.”3

I. ISO-NE Resource Requirements

Forecasting the amount of new supply or demand-side resources that must be installed for

reliability involves projecting the demand for electricity, then estimating the amount of resources

beyond those that are already in place (or already planned and underway) that will be needed to

reliably serve the peak demand in each year. The future demand for electricity is influenced by

economic growth and electricity prices — therefore both the demand for electricity and the

projected,resource gap can vary across future scenarios. The following paragraphs describe the

resource gap for the Current Trends scenario, followed by a table describing the resource gap for

the other three scenarios.

The load forecast used in the Current Trends scenario is taken directly from the ISO-NE’s ten-

year hourly energy requirements forecast corresponding to normalized weather conditions and

that accounts for transmission and distribution losses. Our understanding is that it is not reduced

based on any expected demand response or new energy efficiency programs, so additional

adjustments were made to incorporate these programs, as described below.

The amount of resources in place must exceed the forecasted peak load in order to prepare for

anomalously hot weather and uncontrollable outages of generating plants. Based on standard

probabilistic modeling techniques, ISO-NE has determined that the Installed Capacity

Requirement (ICR) must exceed the peak load forecast by 16-17% (varies by year) in order to

achieve its target reliability standard, which allows for a loss of load expectation (LOLE) of no

~ The full text of this criterion reads: “The CEAB will evaluate the consistency of a proposal with forecasted

energy needs as identified by the Regional System Operator, the Connecticut Siting Council, the State
Energy Plan and other resources that it deems to be relevant and appropriate”
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more than one day in ten years. Under ISO-NE rules, installed generating capacity, ISO-callablç

demand response, and firm imports all count toward the ICR.

This study also considers planned new resources (described in Appendix A), including:

• 1,107 MW of new generating capacity that is either under construction,
under contract or recently operational in Connecticut: Wallingford/Pierce
(100 MW), Kleen Energy (560 MW sumther/620 MW winter), Waterbury
CT (80 MW summer/96 MW ‘winter), DG Capital Grant projects (130
MW; 96 MW of which is counted on the supply side), long-term
renewable energy contracts (150 MW), an expansion at Cos cob (40 MW),
and an uprate at Millstone 3 (81 MW).

• 279 MW. of new combustion turbincs to meet the fast-start requirement in
Connecticut based. on an analysis o~ the Local Forward Reserve Market
(LFRM) requirements described in App.endix A. This figure was very
‘close, to the level reflected in a December 14, 2007 DPUC decision that
derived 282 MW of fast-start resources.

• More than 700 MW . of. peak demand savings by 2011, and more than
1,000 MW of peak demand savings by 20.18 from demand response (DR)
and energy e~fioiency (BE). programs already underway or planned by the
Companies. BE ‘programs also reduce future energy requirements by
1,16g GWhby 2011 and 2,821 GWhby 2018.
It was assumed that the rest of New England would also develop new DR (
and BE at half the rate Connecticut develops new DR and~ BE” per
megawatt of load.
It was assumed that no existing Connecticut capacity would retire,, based
on a preliminary screening analysis, as discussed further in Appendix C.

Figure 2.1 shows all of these elements, and calculates the “resource gap” as the difference

between the ICR and the already-planned resources. As the~ figure shows, there is no gap in the

Current Trends scenario in 2011 or 2013. By 2018, ISO-NE will need approximately 1,500 MW

of new resources.

Figure 2.1 also shows the unplanncd resources that would be added, in 20.18 and 2030 as part of

the Nuclear solution. (Corresponding figures for the .other scenarios and solutions are provided

in Appendix A.) Note that the “Nuclear” solution is actually a hybrid resource solution (as are

the Coal and DSM-Focus solutions, since they also ‘incorporate additional gas-fired generation).

It includes one 1,200 MW nuclear unit, assumed to be located in Connecticut, and gas-fired

generation is added to meet the remaining resource gap. .

10
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Figure 2.1: ISO-NE Supply-Demand Balance and Nuclear Resource Solution in Current
Trends Scenario
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*Existing generation includes Imports, net purchases, and New Boston retirement. All planned generation includes Waterbury, Kieen, Additional LFRM
Required CT, WallingfordlPierce unit, DG Capital Grant Projects, Renewable Energy Contracts, Cos Cob expansion, and Millstone 3 uprate.

Each of the four scenarios analyzed depicts a different future evolution of the New England

electricity market. As a result of using different underlying demand forecasts and adjusting for

the impact of different fuel and electricity prices expected in the scenarios, the projected peak

load levels will vary among the scenarios. Because the other adjustments described above are

assumed fixed across scenarios, the magnitude of the expected “resource gap” will therefore vary.

Table 2.2 shows how the projected resource gap evolves under each scenario in ISO-NE

As also seen in this table, the ISO-NE resource gap varies dramatically across scenarios. For

example, the resource gap in 2018 varies from about 1,000 MW in the Strict Climate scenario

(where high fuel and electricity prices depress load growth) to almost 4,500 in the Low Stress

scenario (where generally lower fuel and electric prices lead to higher demand growth). The

parameterization of the scenarios has captured a broad range of resource needs over the next

decade, at least at the ISO-NE level,

11
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2011 2013 2018 2030

GROSS LOAD BY SCENARIO [1]
ISO Base CasePeak Load 29,650 30,675 32,664 37,698
Current Trends Scenario 29,650 30,675 32,664 37,698
Strict Climate Scenario 29,239 30,158 31,871 36,784
High Fuel/Growth Scenario 29,429 30,699 33,391 38,538
Low Stress Scenario 30,692 32,135 35,247 40,680
Reserve Requirement 16,2% 16,5% 16,6% 16.6%

SUPPLY
2008 JnternalInstalledCapacity [2] 30,855 30,855 30,855 30,855
Planned Capacity Additions [3] 1,107 1,107 1,107 1,107
Assumed Addition of Fast-Start CapacIty to Meet LFRM Requirement [4] 279 279 279 279
Existing Purchases & SpIes [5] 291 291 291 291
Hydro Quebec Imports ~ [6] 1,400 1,400 1,400 1,400
Adjustment for Planned Additions Already Included in j2J [7] (85) (85) (85) (85)
Planned Supply V [81 33,847 33,847 33,847 33,847

DSM V V V V [9] V V

Current Trends Scenario V V 1,534 1,812 V 2,355 2,704
Strict Climate Scenario V V 1,328 1554 V 1,959 2,247
High Fuel/Growth Sceflario V V 1,004 1,165 1,456 1,668
Low Stress Scenario V 1,534 1,812 2,355 2,704

SHORTFALL (SURPLUS) , V

•Current Trends Scenario (1,163) (225) 1,492 6,957
Strict Climate Scenario V V (1,402) (525) 1,030 6,423
High Fuei/Gi’owth Scenario ‘ V V V (SOS.) 557 3,389 9,144
Low Stress Scenario V 48 1,476 4,504 10,433

Sources and Notes: V

[1]: Grossed up for DSM, V V

[2]: 2007 CEL7’ report; reduced by 350 MW per ISO to reflect New Boston unit retirement.
[3]: Includes Wallingford/Pierce (100MW), Kleen Energy (560 MW.summer/620 MW winter), Waterbury CT

(80 MW sumnier/96 MW winter), DG Capital Grant projects (130 MW; 96 MW of which is counted Von the supply side),
long-term renewable energy contracts (150 MW), an expansion at Cos Cob (40 MWV), and an uprate at Millstone 3(81 MW).

[4]: Assumcd addition of fast-start capacity to meetConnecticutLFRM requirement. V

[5j-[7]: 2007 Vc~ELT report.
[8]: [2]+[3J+[4]+[5]+[6]+[7], V

[9]: Grossed up by a factor of 1,08 for transmission and distribution losses,

ii. Connecticut Local Sourcing Rcquirement V

ISO..NB also imposes local sourcing requirements (LSR) for Connecticut and Boston to ensure

that the target LOLE is achieved in these load centers; However, Figure 2.2 shows that there will

be no resource gap through 2030 under the Nuclear resource solution — due primarily in the early

years (2011 and 2013) toplanned generating additions and aggressive DSM measures — and

Table 2.3 shows that none of the scenarios have a resource gap with respect to the local sourcing

12
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requirement,4 The candidate resource solutions that add capacity within Connecticut do so for

reasons other than the LSR, i.e., to meet the ISO-NE installed requirement and to affect

Connecticut’s policy objectives regarding cost, environmental emissions, and fuel diversity,

Figure 2,2: Connecticut Supply-Demand Balance and Nuclear Resource Solution in
Current Trends Scenario
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TSO~NB has determined the LSR corresponding to the load forecast that is used in the Current Trends
scenario. The LSR corresponding to the other scenarios, with their different load forecasts, was estimated
based on the relationship between the LSR and load growth implicit in ISO-NE’s requirements for 2010
and 2016: for every megawatt of load growth in Connecticut, the LSR increases by 1.26 MW.
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Table 2.3: Resource Gap Relative to Connecticut Local Sourcing Requirement (MW)

. 2011 2013 2018 2030

LOCAL SOURCING REQUIREMENT IN CONNECTICUT
Current Trends Scenario 7,251 7,718 8,086 9,506
Strict Climate Scenario 7,114 7,546 7,824 9,210
High Fuel/Growth Scenario 7,177 7,726 8,326 9,778
Low Stress Scenario 7,599 8,204 8,938 10,471

SUPPLY
2008 Internal Installed Capacity [1] 6,999 6,999 6,999 6,999
Inclusion of Lake Road Units in Connecticut [2] 233 699 699 699’
Additional Planned Capacity [31 1,107 1,107 1,107 1,107
LFRMCT ~4] 279 279 279 279
Purchases & Sales [5] (100) (100) (100) -

Internal Gen Capacity [6] 8,518 8,984 8,984 9,084

DSM [7].
Current Trends Scenario 763 881 1,108 1,255
Strict Clltnate Scenario . 709 813 1,0.05 1,137
High Fuel/Growth Scenario 619 700 833 943
Low Stress Scenario 763 881 1,108 1,255

CONNECTICUT LSR’SFIORTF’ALL (SURPLUS) [8)
Current’Tre.nds’Scenario . (2229) (2,376) . <2,295) (1,159)
Strict Climate Scenario (2,297) (2,462) (2,426) (1,307)
High Fuel/Growth Scenario ‘‘ •‘ (2,120) (2,140) (1,708) (494)
Low Stress Scenario “. (1,881) (1,890) (1,443) (194)

(.

Sources and Notes:
[1]: 2007 CELT report; Excludes Lake Road units which are physically in Connecticut but electrically in Rhode Island.
[2]: In 201 I, one Lalce Road unit (233 MW) is electrically transferred to Connecticut via an elective transmission upgrade

by Lake Road. In 2013, the remaining two Lake Road units (466 MW) are electrically transferred to Connecticut via thc
NEEWS transmission protect We conservatively did not account for any additional increase in import copability
associated with NEEWS in. this analysis of resource adequacy.

[3]: includes Wallingford/Pierce (100 MW), Kleen Energy (560 MW summer/620 MW winter), Waterbury CT
(80 MW summer/96 MW winter), DG Capital Grant projects (130 MW; 96 MW of which is counted on the supply side),
long-term renewable energy contracts (150 MW), an expansion at Cos Cob (40 MW), and an uprate at Millstone 3 (81 MW;

[4]: Assumed addition of fast-start capacity to meet Connecticut LFRM requirement.
[5]: 2007 CELT report. Accounts for a 100 MW capaöity contract with Long Island across the Cross-Sound Cable,
[6]: [I]+[2]+[3]+[4]+[5],
[7]: Grossed up by a factor of 1.08 for transmission and distribution losses,
[8]: DSM is grossed up by 0.26 for consistencywith the Local Sourcing Requirement.

It is important to note that the projected LSR surplus under the Current Trends scenario is very

different than the Connecticut Resource Balance presented in the recent Connecticut Siting

Council (CSC) report.5 However, the potential resource needs identified in that report were

~ See Review of the Ten Year Forecast of Connecticut Elecfric Loads and Resources 200 7-2016, connecticut

‘Siting Council, November 14, 2007, Table 3, page 13.
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based on the ISO-NE “90/10” forecast (e.g., the peak loads that the ISO would expect would be

exceeded only 10% of the time) rather than the normalized forecast distribution used in the LSR

determination, and the CSC evaluation also provides for the potential retirement of 1,600 MW of

oil-fired capacity in 2011 and 2,000 MW in 2013, as a consequence of capacity reaching 40

years in service. In addition, the CSC accounts for two plants that have been approved (Meriden

& Oxford) but not constructed, for a total of about 1,050 MW additions. Perhaps most

importantly, however, is the fact that the assumed level of DSM in Connecticut (based on the

Companies’ current plans) is quite substantial in all scenarios — even before considering the

“DSM-Focus” resource solution. These assumptions are different than the expectations that

govern our “Current Trends” scenario (see Appendix A for additional information).

D. RESOURCE SOLUTIONS

Resource solutions refer to investments that market participants or the Companies could make in

supply or demand-side resources, and/or transmission capability. Potential solutions differ in

composition, but this study assumes that they do not differ in the quantity of resources that

would be added. All solutions just fill the resource gaps discussed in Section III, To assume less

would imply an expectation that planners would fail to maintain a reliable system and/or that

market participants would overlook opportunities to earn more than their cost of .capital (the

forward capacity market would theoretically clear above the net cost of new entry if there were a

shortage). To assume more would imply that planners build more capacity than is needed and/or

that market participants would make investments that earn less than their cost of capital (the

forward capacity market would theoretically clear below net cost of new entry if there were a

surplus). This analytical construct does not imply that imbalances in the form of capacity

deficiencies or surpluses cannot occur, but simply acknowledges the tendency for markets to

trend toward equilibrium over time, and that it is not possible to predict when transient

imbalances might actually. occur.

One of the challenges of evaluating resource solutions in the context of a deregulated generation

market such as ISO-NE is the extent to which cost-of-service based investments or contracts

might complement or compete with investments made by third parties such as unaffiliated
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generation companies~ At~ this stage, we do not distinguish between generation investments (N

made by other market participants and those that may be made by the Companies on a cost-of-

service basis (we do assume that the demand-side resource solution is pursued by the

Companies), In all resource solutions/scenarios there are assumed generation investments made

in other parts of ISO-NE between. 200.8 and 2018~ In. some resource solution/scenario

combinations additional generation is also built in Connecticut as needed t~ maintain reliability

criteria and/or that reflects economic new entry. Thus, all of the resource solutions examined

here represent a blend of supply and demand-side resources that could emerge in the market; the

specific resource solutions examined here essentially emphasize particular approaches.

The Companies’ “Base” or “Reference” level of planned DSM included in all solutions is

aggressive and has a significant impact on Connecticut load and energy. The planned DSM

reduces total Connecticut energy by 1,168 GWh by 2011 and 2,821 GWh by 2018, and cuts

Connecticut peak load by approximately 10% in 2010. Figure 2.3 shows the impact of planned

DSM in the Current Trends Scenario. These programs arC expected to cost approximately $120

million per year by 2009 (in 2008 dollars) and stay at that level in real terms for 10 yôars.
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Figure 2.3: Connecticut Planned DSM Shown as a Portion of Peak Load

10,000

This study evaluated the economic and other impacts of four types of resource solutions that

differ in character and impact: “Conventional Gas Expansion,” “Demand-Side Focus,”

“Nuclear,” and “Coal,” each of which is described below. It is important to note that all of these

solutions contain a blend of generation technologies and significant amounts of DSM. All

include at least the “reference” or “base” amount of DSM planned by the Companies, which

provides a significant resource before additional resources are added. All resource solutions rely

on gas-fired generation (primarily CCs) to meet any resource gap that remains after adding one

1,200 MW nuclear or coal plant or additional DSM measures.

i. Conventional Gas Expansion

The “Conventional Gas Expansion” solution uses only gas-fired combined-cycles (CCs) and

combustion turbines (CTs) to meet the identified resource gap in each scenario.6 The particular

6 While we model gas-fired CCs and CTs, we recognize that such capacity could be dual-fuel capable with
distillate oil back-up.
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technology and location of each resource was selected based on economics. Primarily CCs were

selected because their higher energy margins more than offset their higher capital costs and fixed

operating and maintenance costs. CCs were assumed to be located primarily outside of

Connecticut because the incremental energy margins appeared to be insufficient to offset the

higher construction and operating costs in Connecticut than in the rest of New England. CCs in

Connecticut were estimated to cost $869/kW, and CTs were assumed to cost $598/kW.7 The

three other solutions are similar to the Conventional solution, except that they replace 600-1,200

MW of CCs with alternative resources.

ii. DSM-Focus

Section 51(c) requires that “energy resource needs shall first be met through all available energy

efficiency and demand redu~tion resources that are cost effective, reliable and feasible.” The

DSM-Focus resource solution ~ssuthes the effectiveness of significantly higher amounts of DSM

investments that (a) “aim higher/go deeper,” i e, strive for the highest efficiency levels in end-

use consumption that are c~st-effective; (b) acöe[erate the retirement of inefficient customer

systems; (c) integrate program design and delivery; and (d) integrate with other state-wide

initiatives, such .as the Climate Change Action Plan and the Governor’s Energy Vision. The

amount of DSM contemplated in this resource solution is unprecedented in New England.

The DSM-Focus resource solution builds on successful, and aggressive existing DSM programs,

i.e., the “Reference Case OSM,” that is assumed to be present in all scenarios and thereby

implicit in other resource solutions, We use the existing and currently-planned level of DSM

investment as the “Reference Case DSM” in all solutions except the DSM-Focus solutions. In

the “DSM-Focus” resource solution, the existing DSM programs expand in several directions,

enabled by substantially higher funding levels. By 2018, demand savings from the DSM-Focus

scenario constitutes about 19,1% reduction of system peak.8 While Reference DSM eliminates

about 93% of potential load growth between 2008 and 2018, the DSM-Focus resource solution

~ Other key characteristics for CCs and CTs include fixed O&M costs of $29.7 and $26.7, variable O&M costs
of $1.4 and $3.2, and heat rates of 7,000 and 10,200, respectively. Real capital charge rates of 10.7% were
applied to calculate annual capital carrying charges.

8 Beyond 2018 savings &om BE and DR programs were assumed to grow at the same rate as Connecticut
system peak.
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actually reduces demand to below current levels by 2018 in the Current Trends scenario, as

shown on Figure 2.3.

Figure 2.4: CT Peak Demand (MW) Forecast under Different DSM Scenarios

I
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Source: 2007-2016 CT Peak Demand (MV.,1) data from 1SONE spreadsheet titled “isone_2007_forecast_data.xls.”
2007-2018 CT Peak Demand (MW) data based on The Braille Group extrapolation of hourly ISONE data, DSM
data for the Reference and DSM-Focus cases provided by the Companies.

iii. Nuclear and Coal Solutions

The purpose of the Nuclear and Coal solutions is to evaluate the addition of about 1,200 MW of

high capital cost/low fuel cost baseload capacity in Connecticut, with different characteristics.

The nuclear generation has very low fuel cost and emissions, but potentially very high capital

cost, while coal units have somewhat higher fuel costs and lower capital costs than nuclear but

significant CO2 emissions. These resource solutions are designed to test an alternative to the

conventional gas-fired CC and CT generating capacity expansion strategy. The first step to

constructing these solutions was to perform a screening analysis to identify the most economic

baseload technologies. This analysis is described in Appendix C. The screening analysis
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indicated that nuclear and super-critical coal without carbon capture and sequestration had

relatively favorable costs compared to other possible technologies,

The capital cost ‘of nuclear is a major uncertainty that could have a majoreffect on its economics

relative to coal, and so it is difficult to conclusively prefer one technology over the other. In

addition, it should be noted that large baseload coal and nuclear plants have longer lead times

than gas-fired combined cycle, and therefore represent a larger financial commitment over a

longer period of time.

iv. Characteristics of Resource Solutions

The resource solutions in this study are evaluated, primarily based on their expected cost and

performance characteristics., such as efficiency and emissions. However, there are many

attributes of resource solutions that are not well captured in such an analysis. For example, some

resource solutions require more up-front commitment while others are more, readily scaled up or

scaled back in response to emerging market conditions. These attributes are summarized below.

This includes certain risks of costs and operational performance, lead times, and the ability to

scale investment commitments over time to respond to evolving market conditions. The

following table characterizes the resource solutions along selected dimensions that are not

analyzed quantitatively in this study.

Table 2.4: Other Factors Affecting Resource Solutions

‘Conventional DSM-Focus Nuclear Coal

Siting/Permitting Challenges Med Low . . High ‘ High

Capital Cost Uncertainty Med Low Very High High

Lead Time , Med Low Very High High

Commitment/Scale Risk Med Low Very High High

Operational Performance
. Low Med ‘ Low Low

Risk

‘1’ E’ ‘“‘‘~~‘ ,
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E. ANALYSIS OF SOLUTIONS USING MARKET MODELS

The impact of each of the four resource solutions across all four scenarios is analyzed using

structural models of the ISO-NE’s energy and capacity markets, These markets, their recent

performance, and how they are modeled in this study, are described in detail in Appendix A,

This section of the report provides only a brief overview,

i. ISO-NE Energy Market Modeling

The ISO-NE administers day-ahead and real-time energy markets in which the lowest cost

generation (based on bids and subject to transmission constraints and operating constraints) is

dispatched to meet the demand on the system at each moment. These markets establish a market

clearing price, which is the basis for settlement, i.e., the amount that load serving entities pay and

generators get paid for energy. The clearing price varies by node, reflecting the costs of

transmission congestion and marginal losses when transmitting power between any two nodes.

Because there are transmission constraints and losses both into and within Connecticut, it is

important to consider these factors and the broader ISO-NE energy market in an integrated

resource plan for Connecticut. To do this, we have employed DAYZER, a state-of-the-art power

market simulation model developed by Cambridge Energy Solutions (CES). The data inputs to

DAYZER represent all of the elements of supply, demand, and transmission in the ISO-NE system

and how these elements evolve over time depending on resource strategies.9 Using these inputs,

DAYZER simulates the ISO-NE’s operation of the system and its administration of the energy

market. The model outputs include hourly locational marginal prices, dispatch costs, generation, and

emissions for every generating unit in New England, and transmission flows and congestion. These

outputs are the basis for evaluating outcomes with one resource solution versus another.

In order to be consistent with the statute’s requirement for three, five, and ten-year outlooks, it

was necessary to simulate years 2011, 2013, and 2018. The year 2030 was also simulated in

order to test the long-term implications of decisions made over the next ten years. The data

inputs for these future years were developed in four steps.

~ Data inputs are described in detail in Appendix G.
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1, First, by developing an accurate representation of today’s system. This involved

representing every element of thç current transmission system using ‘a dataset from ISO-

NE, auditing the load and generation inputs against ISO-NE sources, and reviewing data

with the Companies to identify any errors or omissions.

2. Second, by projecting likely changes. in fundamentals, including load growth, demand-

side management, generation development and retirements, fuel and emission allowance

prices, and transmission enhancement, based on current trends and plans (this becomes

the “Current Trends” scenario).

3. Third,. by adding sufficient unplanned resources to meet the ISO-NE’s resource adequacy

requirements for ISO-NE as a whole and for ‘Connecticut specifically, as discussed in

Section III.. The types of unplanned resources vary by Solution: gas-fired combined cycle

(CC) plants and combustion turbines (CT) in the Conventional resource solution, large-

scale coal or nuclear plants in the Nuclear and Coal resource solutions, and additional

demand-side management (DSM) programs in the DSM-Focus solution. Because these

cases are otherwise identiäal, the differences in Qutcomes reflect only the differences in

value among the various sOlution~ tested. ‘ ‘ ‘

4. Fourth, by varying the uncontrollable, exogenous factors of fuel and allowance prices and

economic growth according to the ‘Current Trends, High Fuel/Growth, Strict Climate, and

Low Stress scenarios described above.

ii. ISO-NE Capacity Market Modeling

ISO-NE also administers a capacity market to facilitate a liquid, transparent mechanism for

market participants to buy and sell capacity’ to meet their resource adequacy requirement.

Capacity payments have been’ a significant cost component for load serving entities and are

likely to become larger in the future as the current ISO-wide capacity surplus diminishes. More

information will become available when the first forward capacity market (FRM) auction for

2010/11 delivery occurs ‘in February,’ 2008.

In this study, it was assumed that the forward capacity price would be at the designated floor of

$4,5.0/kw-mo in 2011, when there is substantial overcapacity in all scenarios (except Low Stress,

which is at equilibrium), The capacity price was then projected to trend toward the net cost of

(
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new entry (Net CONE) in the first year in which the market came into supply/demand

equilibrium. Net CONE is given by the capital carrying cost plus annual fixed O&M costs

minus the energy margins of new units.

As described in greater detail in Appendix A, we have projected capacity prices generally below

the initial floor, due to the projected energy margins for CCs, which are much higher than for

CTs (which are only slightly less expensive to build) on which the initial floor was based.

F. EVALUATION METRICS

After resource solutions are tested in DAYZER and other offline analyses, they are compared to

each other using multiple evaluation metrics that correspond to the objectives outlined in PA 07-

242 and also reflect the CEAB Preferential Criteria for the Evaluation of Energy Proposals.

These metrics measure economic impacts such as resource costs and customer costs under

various assumed pricing regimes; and also include reliability indices, environmental impacts,

fuel diversity and energy security considerations, These metrics represent key indicators of the

multi-attribute benefits and costs associated with each resource solution, and their values under

each scenario help illuminate tradeoffs among the objectives and the expected benefits and risks

of pursuing specific investments. These metrics include:

• Total Going Forward Resource Cost — a measure of the total value of resources

consumed in meeting Connecticut loads,

• Market Cost of Generation — a measure of the costs that the Companies bear in serving

their retail customers under existing short-term procurement rules and ISO-NE market

prices.

• Cost of Service Generation — a measure of how the costs of generation would be

reflected in Connecticut customers’ bills under a hypothetical return to traditional cost

of-service pricing principles.

• Reserve Margins and Load Factor — measure the degree to which supply resources

exceed demands and the relationship between peak load and average load.
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• Fuel Diversity and Security — measures of the contribution of power. generation to

overall gas demand and particularly wintertime peak gas demands.

• Environmental Outcomes — measures of generation emissions and degree of compliance

with RGGI CO2 targets and renewable generation goals.

These measures are explained further in Appendix H.

C
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SECTION III: FINDINGS

This section presents the analytical results, with a sub-section and graphs for each evaluation

metric described in the previous section (and in more detail in Appendix H). Key conclusions

that can be drawn from the analysis are discussed in the final sub-section.

A. EVALUATION METRIC RESULTS

i. Total Going-Forward Resource Cost

Total Going-Forward Resource Cost includes capital carrying cost on new unplanned generation,

fixed O&M, variable O&M, fuel cost, allowance cost, RPS cost, the costs of energy and capacity

imports into Connecticut (at market prices), and DSM program costs. DSM costs for energy

efficiency programs are capitalized over 10 years to reflect an average life of efficiency

investments; this treatment differs from that in the Customer Cost metrics, where energy

efficiency program costs are expensed in the year incurred in order to be consistent with current

ratemaking practices.

Figure 3.1 shows the total annual going-forward resource cost for each resource solution (shown

as vertical lines, with color-coded markers) across each scenario (shown as markers on each

vertical line) for each year. This figure, and similar figures that follow, makes it possible to

compare resource solutions to each other and to see how cost/performance changes over time and

as external factors vary.

Some key observations about Figure 3.1 are:

• Costs increase over time, driven by load growth and CO2 allowance costs.

• Costs in any given year vary more by scenario than by resource solution. For example,

costs are highest in the High Fuel/Growth scenario due to a 70% increase in gas prices

compared to the Current Trends scenario.

• The costs of various resource solutions are indistinguishable in the initial years because

the resource solutions do not yet differ significantly: baseload plants are not online until

after 2013, and the additional DSM in the DSM-Focus solution has not yet ramped up to

a level that is much higher than in the other resource solutions.
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• In 2018 and 2030, the DSM-Focus resource solution has the lowest costs in every

scenario except High Fuel/Growth, in which prices are high enough to induce much

natural load reductions, reducing the incremental effectiveness of DSM programs. DSM

Focus is a close second in this scenario.

Total Customer Cost in the Market Regime includes load at LMP; capacity, revenues. from

financial transmission rights, an adjustment for losses, spinning reserve costs, uplift costs, the

cost of the forward reserve requirement, JDSM program costs (expen~ed, not capitalized), RPS

costs, and a 15% premium on the energy and generation components to reflect quantity risk,

market price risk, and credit risk faced by wholesale suppliers of standard offer service. Figure

3.2 shows the Total Customer Cost in the market regime following the same format as Figure 3.1.

Some key observations about Figure 3.2 that differ from Figure 3.1 are:

Figure 3.1: Total Going-Forward Resource Cost (Annual)
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*Total Resource Cost includes capital carrying cost on new unplanned generation, fixed O&M, variable 08cM, fuel cost, allowance cost,
RPS cost, CT energy iinportand export cost, net CT. capacity import cost, and DSM program costs, Note that DSM costs for energy
efficiency programs are capitalized over 10 years here; this treatment differs from that in the Customer Cost graphics, where energy
efficiency program costs are expensed in the year incurred.

ii. Customer Costs
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• Even more than the Total Resource Cost, market-based Customer Costs vary

substantially based on scenario drivers, especially the price of gas and the level of

demand.

• The DSM-Focus solution has slightly higher costs in 2011 and 2013 because the cost of

energy efficiency programs are expensed instead of capitalized. However, by 2018,

substantial energy efficiency has accumulated in addition to demand response, resulting

in energy and capacity savings that significantly outweigh ongoing program costs

(relative to other resource solutions) in every scenario.

~AA

~‘ f* e

C

*Total Customer Cost in Market Regime includes load at LMP, capacity, FTRs, adjustment for losses, spin, uplift, fast-start, DSM
program costs (expensed, not capitalized), RPS, and a 15% premium on the energy and generation components to reflect quantity risk,
market price risk, and credit risk faced by wholesale suppliers of standard offer service,

Figure 3.3 shows Customers’ Average Unit Costs in the market regime, given by the annual

customer cost divided by the annual energy requirement to serve Connecticut load. (This is not

equivalent to the rate for any particular customer class, which will depend on future ratemaking

decisions regarding incidence of DSM costs, etc.) Some observations that differ from the

previous figures are:
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• The various resource solutions have almost no impact on the unit cost since they. d,o not

change the factthatgas-fired resources set the market price,

• The cost-savings available from DSM, .due to the reduction in volume consumed, is not

apparent from unit costs. Hence, unit costs by themselves may not be as useful an

indicator as total customer costs.

6

*Average Unit Cost in Market Regime includes load at LMP, capacity, FTRs, adjustment for losses, spin, uplift, fast-start, DSM program
costs (expensed, not capitalized), RPS, and a 15% premium on the energy and generation coniponents.to reflect quantity risk, market price
risk, and credit risk faced by wholesale suppliers of standard offer service,

Total Cu~tother Cost in Cost-of-Service Regime is similar te the Total kesource Cost shown in

Figure 3.1 plus a hypothetical “embedded cost” of existing generation, and DSM costs are

expensed instead of capitalized. Figure 3.4 shows Customer Costs in the hypothetical cost-of-

service regime. Some of the key observations that differ from the previous metrics are:

• Customer .costs vary much less than in the market regittle because the cost of non-gas-

fired generation is fixed as gas prices fluctuate.

Figure 3.3: Average Unit Cost in Market Regim.c
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• As in the market-based regime, customer costs appear higher initially in the DSM-Focus

resource solution if the increased energy efficiency costs are expensed rather than

capitalized during the ramp-up/investment period. By 2018, DSM-Focus has the lowest

customer cost in every scenario.

Figure 3.4: Total Customer Cost in Cost-of-Service Regime
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*TotaI Customer Cost in Cost of Service Regime includes capital cartying cost on new unplanned generation, fixed O&M, variable O&M,
fuel cost, allowance cost, RPS cost, CT energy import and export cost, net CT capacity import cost, and DSM program costs (expensed,
not capitalized),

Figure 3.5 shows the Customers’ Average Unit Costs in the cost-of-service regime, given by the

annual customer cost divided by the annual energy requirement to serve Connecticut load. Some

salient observations are that, again, unit costs are more stable with respect to scenarios than in

the market-based regime, and unit costs are not a good indicator of the value of increased DSM.

29

Key ~

high 1’,,,t/Growti, ~ • • •
SHirt Ctirnnte A A A A

Current Trcucts ~

mw Stress + • + +

e
e ~

ii~ ~ ~!4 ~ ~L4.

A

I
A

*
A
• r TA~

000726



Figure .3.5: Average Unit Cost in Cost-of-Service Regime
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*Average Unit Cost in Cost of Service Regime includes capital carlying cost on new unplanned generation, fixed O&M, variable 0&M,
fuel cost, allowance cost, RPS cost, CTenergy import and export cost, net CTcapacity import cost, and DSM program costs (expensed,
not capitalized).

Figures :3,6-9 show.the components of customer costs under both regimes. Some salient

observations are:

• Unit cost projections are lower in the cost-of-service iegirne because the costs were

derived under a hypothetical cost of service regime for all in-State generation, with

embedded costs in the cost-of-service regime based on historical book values, known

Reliability Must-Run contract costs and asset sales prices. This computation is intended

to illustrate qualitative differences between regimes, not to imply that the computed cost-

of-service rate can actually be fully realized.

.e Energy costs are the largest component of the market-based cost, reflecting wholesale

electricity prices that are set largely by (high) natural gas prices. This component is

much larger than the corresponding fuel + variable O&M and allowance costs under the

cost-of-service regime.
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• Across scenarios, the energy cost varies much more in the market-based regime reflecting

customers’ exposure to gas prices.

Figure 3.6: Average Customer Cost Components (~/kWh)
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Figure 3.7: Average Customer Cost Components (0/kWh)
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Figure 3.8: Average Customer Cost Components (0/kWh)
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Figure 3.9: Average Customer Cost Components (0/kWh)

iii. Connecticut Load Factors

Figure 3.10 shows the projected load factor for Connecticut under each scenario and resource

solution, net of DSM. Key observations are:

• Load factors are projected to improve relative to today then deteriorate from 2011

onward.

• This pattern is driven by the load forecast, the effect of DSM (demand response, which

reduces peaks, is assumed to be implemented more rapidly than effloiency), and the

differential effect of prices on peak vs. average consumption assumed in the scenarios.
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Figure 3.1 1 shows power sector CO2 emissions and the RGGI cap for only the six RGGI states

that are located in ISO-NE. A surplus or deficiency does notindicate whole RGGI-region status.

Key observations are:

• CO2 emissions are expected to increase as load grows, except possibly in the Nuclear

resource solution (adding more than one nuclear unit would reduce CO2 emission further).

• Adding even a single coal unit raises emissions substantially above New England’s share

of the RGGI cap. However, the ROGI cap is indicative only; in our sceflarios (and likely

in reality) RGGI will be superseded by federal climate legislation in later years.

• Increased DSM reduces CO2 emissions slightly.

• CO2 emissions could be higher than indicated here under the following conditions:

o If nuclear availability is the same as the average of 2001-06 (instead of being
similar to 2006, the best historic year) CO2 emissions could increase by 2 million
tons, assuming a 3.4 TWh reduction in generation replaced by gas with an 8000
heat rate and 120 lb/MMBtu CO2.
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o If hydro output is equal to the average output of 2001-06, CO2 emission could
increase by approximately 1 million tons, assume 1.8 TWh reduction in
generation replaced by gas.

o If imports are less than the 13 TWh assumed, CO2 emissions could increase
substantially.

Figure 3.11: CO2 Emissions in ISO-NE
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*13m iss ions and ROGI cap shown here reflect the 6 member states of ISO-NB only. A surplus or deficiency does not indicate whole RGGI.
region status.

v. Gas Usage and Fuel Diversity

Figures 3,12-17 show gas usage in Connecticut and New England. Key observations are:

• Gas usage will increase in virtually all cases, due to load growth.

• Gas usage increases markedly in low stress, because low gas prices cause low power

prices and higher load growth. In the extreme, there is likely to be feedback that limits

further load growth if gas supply becomes problematic (higher gas prices will limit

further load growth). However, this feedback may not prevent the problem from

occurring, but would likely occur only after gas supply problems materialize.
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• A baseload resource solution (coal or nuclear) limits the growth in gas usage, though

does not eliminate it entirely, particularly in the Low Stress scenario. This is caused by

the large amount of gas fired capacity added after 2018 in all cases as a result of the

screening analysis.

• Gas share of generation is less important than the actual quantity of gas used (for all

purposes), in terms of gas deliverability and customer effects.

• The total quantity of gas used for all purposes is especially important during periods of

peak gas demand, e.g., winter.

Figure 3.12: Winter (January - February) Power Sector Gas Use in Connecticut
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Figure 3.17: Total ISO Fuel Mix (Cumulative Generation in TWII)
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IL SUMMARY OF FINDINGS

The analytical results presented above suggest the following ten high-level findings, assuming

that planned capacity additions and DSM programs are realized as projected in each solution,

each of which is discussed in more detail below:

1. Regional resource adequacy needs are satisfied for the next several years

2. Connecticut’s local resource adequacy needs are satisfied for the foreseeable future

3. Market prices will continue to be high and volatile

4. Natural gas dependence will persist

5. External, uncontrollable factors are the primary drivers of customer costs

6. Renewable Portfolio Standards are unlikely to be fully met with renewable generation

7. Nuclear and DSM mitigate CO2 emissions more effectively than other resource solutions

8. Increased DSM could reduce customer Costs, CO2 emissions, and gas usage

9. Non-gas baseload generation would reduce dependence on natural gas

10. “Market Regime” vs. “Cost-of-Service” affects rate stability, and may have future

customer cost implications
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1. Regional Resource Adequacy Needs are Satisfied for the Next Several Years

After taking into account planned generation additions, recent and planned transmission projects,

and demand-side measures that are planned or underway, and assuming no retirements, new

electricity resources will not be needed to attain reliability targets for several years in

Conneôticiit or elsewhere in New England. Under most plausible futures, New England as a

whole will need additional resources beyondthe next five years, As part of the overall New

England market, Connecticut will share in this resource need, but additional resources need not

be located within Connecticut in this time flame

2 Connecticut’s Local Resource Adequacy Needs are Satisfied for the Foreseeable Future

Planned generation capacity additions, transmission enhancements and demand-side measures

mean that Connecticut will satisfy its~Local Sourcing Requirement (LSR) for many years,

perhaps decades, under the scenarios examined in this report. This is partially due to the

projected addition of DSM and generating capacity, including 279 MW of quick start capacity

needed to satisfy the Connecticut Local Forward Reserve Market (LFRM) requirements.

However, this analysis assumes no significant retirement of generating capacity in Connecticut,

although some of the older oil-fired units are projected to earn sub-normal returns and/or

experience difficulties covering their fixed O&M costs over the longer term; potentially resulting

in retirement or reapplication for “reliability-must-run” status. Also, no significant congestion

price differentials are forecast between Connecticut and the rest of New England. Transmission

enhancements already under construction and planned generation will resolve the significant

bottlenecks and limited local supply resources that have affected Southwest Connecticut in the

past.

3. Market Prices will Continue to Be High and Volatile

Despite an adequate supply of resources, Connecticut and New England electricity prices are

likely to remain at levels that will concern consumers and regulators, and prices will remain

volatile. This is due primarily to the fact that electricity prices in New England are closely

linked to natural gas prices, as our study confirms. Gas prices are volatile and uncertain, and

likely to remain fairly high.

(
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4. Natural Gas Dependence Will Persist

Natural gas is the fuel for about 40% of New England’s power, but its impact on market prices is

disproportionately large. Because it will remain the dominant price-setting fuel for electricity, its

influence on prices will continue regardless of future events or resource decisions. Dependence

on natural gas for power generation poses two potential problems. First, consumers are exposed

to high and uncertain power costs because gas prices are high and volatile. Second, using large

amounts of natural gas for electricity generation increases both the likelihood and the potential

impact of gas supply disruptions, particularly in the winter months when overall gas usage is

highest. This study only notes differences of natural gas consumed, but does not analyze the

increased probability or cost of potential fuel disruptions on generating capability.’0 But because

much of the existing generation base is gas-fired, and gas is the price-setting fuel for electricity,

to substantially change the region’s dep~ndence on gas would take a long time and exceptional

effort and expense. This analysis did not investigate the sufficiency of gas supply, however; gas

supply is~ a~ concern, and should be thoroughly investigated prior to developing a long term

stratcgy for the addition of resources in Connecticut.

5. External, Uncontrollable Factors Are Primary Drivers of Customer Costs

External factors that cannot be controlled by utilities or regulators, such as gas prices, climate

policy and economic growth, can have a much larger impact on market outcomes and resource

costs than the factors that can be controlled. A large part of the reason for this is that factors

such as gas prices or climate policy can affect all resources, existing and new, while resource

strategies that involve physical investments in new resources only affect the portfolio at the

margin. Although the impact of marginal physical resources on the overall market outcomes or

resource costs are relatively small (because additions are small relative to the installed capacity

base),procurement strategies might alter the contractual relationship between load-serving

entities and generators, or direct investment in physical generating capacity by load-serving

entities, could impact customer cost.

10 PA 07-242 supports dual fuel capability with respect to certain generating units and at the discretion of the
DPUC.
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6. Renewable Portfolio Standards Are Unlikely to Be Fully Met with Renewable Generation

Appendix E describes recent experience under the Connecticut renewable portfolio standard

(RPS) requirements as well as under similar policies in New England. The discussion in

Appendix B concludes that the Connecticut RPS is unlikely to be met by renewable generation,

but instead load serving entities (LSEs) are increasingly likely to rely on alternative payments to

the state at a mandated price of $55 per megawatt-hour for any short fall, By the middle of next.

decade, the statewide annual customer cost of complying with the requirement would exceed

$200 million. Connecticut has limited amounts of attractive renewable resource options; it has

little economic potential for wind and solar power, :and even less for other renewables like wave,

tidal, geothermal, etc. Other parts of New England have more promising renewable resource

potential (e.g., wind in northern New England). However, even reliance on a regional rather than

state-level approach may not resolve the problem for Connecticut, since it is possible that New

England in aggregate will be unable to achieve its combined renewable targets. This issue

warrants additional study, particularly regarding the potential to .access remote renewable

resources for Connecticut, which may require the development . of additional transmission

capacity. . (
7. Nuclear and DSM Mitigate CO2 Emissions More Effectively than Other Resource Solutions

CO2 emissions will increase under a Conventional Gas resource solution (though the additional

DSM incorporated in all Resource Solutions helps to mitigate this somewhat.) Additional DSM

will further limit CO2 growth, but not cause a reduction,. As expected, the addition of nuclear

generation would cut a significant amount .of CO2 emissions~ while additional coal capacity

would increase it. Opportunities for coal with carbon sequestration are lim~te.d by a lack of the

appropriate geology in Connecticut and New England.

8. Demand Side Management Could Reduce Customer Costs, CO2 Emissions, and Gas Usage

If achievable as characterized in our . analyses, DSM (both demand response .and energy

efficiency programs) are effective in mitigating future peak and energy growth. The analyses

assume a substantial amount of “Reference Case” DSM in all Resource Solutions (e.g., much

more than assumed by the ISO in its load projections), and still more DSM in the DSM-Foeus

solution. This additional DSM, if it is similarly effectivç, woi~dd also .be valuable, (This analysis

(
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has not attempted to optimize the type or quantity of DSM programs, but simply evaluated two

different levels of specified DSM programs.)

The results show that DSM can reduce overall customer costs. Under some circumstances, DSM

can increase average unit costs (0/kWh). When consumption volumes are changing, a change in

~11jj~ costs may not accurately reflect customer impacts. How costs are recovered from particular

customers or classes can affect whether their rates and/or costs go up or down. This is a question

of cost allocation, a ratemaking issue not addressed here.

9. Non-Gas Baseload Generation Would Reduce Dependence on Natural Gas

Baseload generation (coal or nuclear), if procured in a way that mimics cost of service to

consumers, can help to limit exposure to natural gas price risks, though if gas prices go down

rather than up, this could commit customers to higher fixed costs. Under a purely market-based

regime (i.e., if baseload generation was merchant-owned and procured for customers at market

prices), customers would receive no protection from gas prices; their costs would be virtually the

same as if conventional gas generation had been added.

10. Market Regime vs. Cost-of-Service Affects Rate Stability and May Have Future Customer

Cost Implications

As constructed/assumed, the hypothetical “Cost-of-Service” regime has substantially lower costs

than the “Market” regime, across all scenarios and strategies studied; however, these results

indicate more analysis is warranted. The overall cost levels used in the analysis may not offer a

realistic comparison on a regional market basis, because it is probably not possible to put all

generating assets back under cost of service regulation at historic embedded costs, The actual

purchase costs for existing generation would not likely be at the levels assumed in the Cost of

Service results because the fixed costs for some of the existing assets assumed in the Cost of

Service analysis are below current market values, However, output from new construction

owned outright and output from new assets acquired via long-term contracts could potentially be

obtained at prices reflecting Cost of Service, but this was not evaluated in this study. The results

also show that the range of costs is much smaller under Cost of Service, The potential range of

total supply costs is generally lower than the range of market prices. This is primarily because
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under a market regime, the market price for ~j power is determined by the last unit of supply. In

very simple terms, if the cost of the last unit of supply increases by 10%, then under a market

regime customer costs increase by 10%. But the total cost of generating power from all sources,

varies by much less than 10% (many of these costs are fixed and don’t vary with the last unit’s

costs), If customers were to be suppliedunder a regime mo.r~. closely reflecting actual generating

costs, customer costs will increase by less than 10%. Even if only some assets are procured on a

cost basis, this will reduce customers’ exposure to uncertain, and volatile prices. As discussed

below, it may be possible to procure power from some existing and/or new resources in ways

that mimic cost-based pricing and allow customers to enjoy some cost-stabilization.

it is crucial to note here that while it is possible to reduce the uncertainty and volatility of

customers’ costs, it may notbe possible to substantially reduce the expected level of costs in the

near- or mid-term. However, long-term contracts for the output of new or existing assets can

reduce uncertainty which can lower costs. Such questions of procurement and risk management

are beyoi~d the scope of this resource planning effort, but are likely to be. important issues to

consider in addressing the concerns of Connecticutcustomers. . ,
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SECTION IV: RECOMMENDATIONS

The key findings outlined above are based upon the analysis performed by The Brattle Group,

and lead to four primary recommendations representing a possible path forward to improve

electricity procurement in Connecticut. Steps taken in response to these recommendations could

help provide Connecticut customers with reliable, environmentally responsible electric service at

more stable prices and potentially lower customer costs, Our primary recommendations

regarding resource planning and procurement are:

1. Maximize the use of demand side management (DSM), within practical operational and

economic limits, to reduce peak load and energy consumption.

2. Explore other power procurement structures such as longer term power contracts on a

cost-of-service basis with merchant and utility owners of existing and new generation.

3. Evaluate the structure and costs of Connecticut’s renewable portfolio standard (RPS) in

the context of a regional re-examination of the goals and costs of similar policies in New

England,

4. Consider potential ways to mitigate the exposure of Connecticut consumers to the price

and availability of natural gas (though it will not be possible to eliminate gas dependence).

Recommendation 1: Maximize the use of demand side management ~DSM~, within

practical operational and economic limits, to reduce peak load and energy consumption.

The potential for increased DSM to reduce customer costs, gas usage, and environmental

emissions demonstrated in this analysis suggests that DSM should be pursued more aggressively.

State regulatory authorities should examine, and where possible, explore methods to implement

additional, cost-effective DSM. This would facilitate utility DSM programs to exceed current

levels and expand upon the success of existing DSM programs. While the need for capacity is

several years off in Connecticut, DSM programs are more cost-effective if they are pursued

consistently over time, so it is reasonable to begin the ramp-up to more aggressive DSM

programs in the near term,
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The DSM resource investments assumed in this report far exceed the (already aggressive) levels (N

pursued by the Companies to date. The pace and magnitude of this expansion warrants careful

monitoring of resource availability, costs, and operational effectiveness as the programs develop

over time.

Recommendation 2: Explore other power procurement structures such as longer term

power contracts on a cost-of-service basis with merchant and utility owners of existing and

new generation.

At the present time, the Companies are constrained to enter into contracts with third-party

suppliers with durations not to exceed three years to’ satisfy standard offer service obligations,

which ensures that customers are exposed to power supply prices driven by short-term market

prices. Our finding that .custorñer ‘costs would be more stable under a hypothetical cost-of-

service regime suggests that supply arrangements incorporating cost-of-service principles could

help to stabilize customer rates and potentially, under certain conditions, lower prices for the

customer. This could be achieved by providing the Companies greater flexibility in the

structures and duration of their power supply arrangements on behalf of customers.

Options may include long-term contracting, procuring energy, capacity and reserve products

individually from generators and/or the outright ownership of generating assets, including

baseload generation that is not dependent on natural gas. By reducing the ‘extent to which

utilities are forced to procure power through short-term contracts driven by regional spot market

prices, such alternative procurement option~ “can reduce customers’ exposure to ui~certain and

potentially high gas prices, and may provide to customers some benefits of a diverse fuel mix.

Addressing these issues may ‘involve the use of’procurement strategies and risk management

tools (such as fuel hedging strategies to complement electricity procurement) that go beyond

what can be done in a resource planning context, In addition, strategies such as these should be

coupled explicitly with the assurance of recovery of supply costs associated with approved long

term power procurement contracts. ‘
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Recommendation 3: Evaluate the structure and costs of Connecticut’s renewable portfolio

standard (RPS) in the context of a regional re-examination of the goals and costs of similar

policies in New England.

Connecticut’s renewable portfolio standard as currently structured, while supporting

Connecticut’s renewable goals, may impose additional costs on Connecticut customers without

necessarily promoting new renewable generation to displace conventional generation, This

observation suggests that additional study of RPS structure and costs is warranted at both the

state and regional level to determine the best ways to meet future RPS requirements. At the state

level, for example, the criteria for disbursing funds derived from alternative compliance

payments might be re-examined under the current circumstances. Further analysis could also

examine the potential to fashion regionally-coordinated policies to address possible renewable

shortfalls and/or regional projects in transmission and renewable capacity.

Recommendation 4: Consider potential ways to mitigate the exposure of Connecticut

consumers to the price and availability of natural gas.

Non-gas baseload generation (e.g., coal, and nuclear) offers a greater reduction in gas use

(particularly in wintertime, when deliverability concerns are highest) than other resource options

studied in this report. Although not assessed in this report significant renewable generation

could also mitigate gas dependence.

To the extent that market participants’ investment in non-gas-fired baseload generation is

deemed insufficient to .address these risks, state regulatory authorities should consider allowing

contractual or ownership arrangements or other policy options to enable or encourage investment

in such baseload capacity. Such options should be considered in concert with efforts to reduce

dependence on natural gas use in all sectors (e.g. heating). Both the cost and CO2 emissions

implications of all non-gas options should be considered.
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SECTION V: STUDY LIMITATIONS AND FURTHER ANALYSIS

PA 07-242 requires that the Companies Submit a resource procurement plan each year and

proscribes a process for the CEAB and DPUC to review, modify and approve. As the inaugural

effort, in this annual process, the analy~is in this repQrt is comprehensive and complies with the

essential requirements of PA 07-242.

Notwithstanding the overall completeness of the report, any analysis — especially an initial

undertaking responding to a recurring requirement — will focus on th~ most important

foundational elements and therefore afford less attention to some topics. Some of these topics

are emerging as important, but are more usefully analyzed in detail when the overall direction of

procurement polic,y is established, or are beyond the scope of an initial resource planning

analysis. Some of these issues may become more important as procurement plans evolve or as

markets change, and could be considered for inclusion in subsequent analyses.

The resource planning analysis contained in this report has the following general limitations

(with citations to Section 51 items where appropriate) — all of which could be subject to future

analysis as procurement plans and policies evolve:

This study contains only limited analysis related to transmission. This study did not provide a

cost/benefit analysis of transmission options; did not compare the economics of transmission vs.

generation or vs, demand-side options; and does not constitute a transmission reliability

assessment. Such an assessrn~nt would address the mandatory reliability criteria and standards

est~blished by various national and regional bodies, which are applied to the New England

transmission system as part of the annual New England Independent System Operator .(ISO..NE)

Regional System Plan (RSP). In addition, distribution improvements are not addressed., (Section

51(c)(3) recommends T&D analysis.) .

This is not a siting analysis for new generation. capacity, While generation capacity expansion

was modeled in order to estimate impacts on electricity markets, resource .costs and customer

costs, the optimal location of such capacity was not addressed (Section 51 (d)(3) implies

(
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consideration of location). These issues are reasonably addressed at a later stage in resource

planning, and require substantial data on candidate sites,

This is not a procurement risk management study. While the analysis does illuminate some of

the risks associated with pursuing different resource strategies under uncertain future market

conditions, it does not formally •address physical or financial portfolio risk management or

hedging considerations, The recommendation to alleviate some of the procurement constraints

on contract duration and structure (e.g., prohibition on power supply contracts that exceed three

years) is based primarily on the potential benefits implied, but “optimal” contract lengths are not

explored, as these are beyond the scope of a resource planning analysis (Section 51 (c)(5)

specifies such an analysis).

This is not a regional renewable energy market study. The recommendation to analyze and

revisit the Connecticut renewable portfolio standard (RPS) policy in light of the evolving

renewable energy market in New England is based on the analysis contained in Appendix E.

That discussion cites recent market evidence and other analyses that indicate the potential for a

New England and Connecticut shortfall in renewable energy development relative to the RPS

targets. However, a thorough examination or modeling exercise of the region’s renewable

energy market is beyond the scope of a resource planning study; hence the recommendation that

additional analysis be pursued on this topic.

There also are many ways the existing analysis can be refined or extended if such enhancements

are deemed helpful. These include:

• Additional sensitivity/scenario analysis

• Expanding the suite of evaluation metrics to address additional issues and concerns

• Evaluation of blended resource solutions, e.g., DSM and nuclear

• Evaluation of resource solutions at different scales/levels

• Evaluation of hybrid market/cost-of-service procurement strategies

• Examining how periods of market disequilibrium (e.g., capacity market boom-bust

cycles) might affect the evaluation of resource solutions
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1-larmonizing electricity market price outlooks used in previous DSM evaluations with

those in this study to explore the impact on cost-effectiveness tests

• Examining the interplay between market (price-induced) conservation and the

incremental impact of DSM programs

• Additional optimization o.f DSM program elements to enhance overall effectiveness and

to maximize desired impacts on ~nergy and peak load

• Additional refinement of resource characterization and potential in light of rapidly

changing technology, cOst and performance; for example, an examination of the potential

of combined heat and power (CUP) and distributed resources to contribute to power

supplies over the long run,

Finally, a study of this nature must necessarily utilize current information and data, while energy

markets and policies across the U.S. are changing rapidly. Likewise, this analysis will need to

evolve as new information becomesavailable. CritiCalupdates over the next year might include

incorporating the following new data:

• Much better information about the capacity balance and costs in ISO-NE will be (
available after the Forward Capacity Market auction occurs in February, 2008.

Additional informatidn regarding generation (conventional and renewable) development

• and retirements or canCellatiotis in ISO-NE.

• New transmission projects that may be proposed.

• New fuel price and emissions (SO2, NOx, Hg) price forecasts.

• Demand-side management activities in other New England states (e.g., Massachusetts

energy goals clarified).

• Information on CO2 allowance price levels from various states’ RGGI allowance auctions.

• Emerging clarity on the direction of national climate change policy.
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APPENDIX A: ELECTRICITY MARKET ANALYSIS

This Appendix discusses ISO-NE’s energy, capacity, and operating reserve markets generally,

outlines recent marlcet performance and the future outlook for Connecticut, and describes this

study’s analytical approach to projecting prices in these markets.

I. ISO-NE MA1u~r OPE1~T1oNs AND CONCERNS

a. ENERGY

The day-ahead and real-time markets that ISO-NE administers clear and settle at locational

marginal prices (LMP). LMPs reflect not only the old-fashioned, merit-order-based, energy

clearing price where supply and demand curves intersect, but also transmission congestion and

marginal losses. Nodes located electrically near the sending end of a constrained transmission

facility are priced lower than their neighbors, reflecting the fact that generation must be re

dispatched out of merit order in order to accommodate load in transmission-constrained areas.

Nodes located on or near the receiving terminus of a constrained facility experience higher prices

than nodes on the other side of the constraint. Import-constrained load zones,1 such as

Connecticut (and especially Southwest Connecticut over the past several years), tend to have

relatively high prices. Generation pockets, such as Maine, tend to have relatively low prices, as

illustrated in Figure A. 1.

Import constrained load zones are areas within New England that may not have enough local resources and
transmission import capability to reliably serve local demand.
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In turn, contracts for power, including wholesale supply contracts for standard offer service, are

presumably related to suppliers’ expectations for LMPs. Hence, residential rates from 2005

through 2007, and commercial rates and weighted average rates in 2007 have been higher in

Connecticut than in Maine or the rest of New England, as shown in Table A. 1.

Table A.1: Recent Electricity Rates in ISO-NE States

Residential Rates Commercial Rates Industrial Rates Weighted Average Rates
(Ø/k’.Vli) (0/kWh) (OIkWh) (0/kWh)

State 2005 2006 2007 2005 2006 2007 2005 2006 2007 2005 2006 2007
CT 13.6 16.9 18,8 11,5 14,0 15,4 9,4. 11.7 12.8 12.1 14,8 16.3
MA 13.2 13.8 15.1 10,6 12,4 13,2 7.3 8.8 10,3 10.6 I 1.8 13.2
ME 13,4 16.6 16,5 12.4 15.5 15.3 9.2 13,0 13.5 12,2 15,4 15.4
NH 13.5 14,7 14.9 12.1 14.1 13.9 11.5 11,6 12.7 12.5 13.8 14.0
RI 13,0 15,1 13,9 11.7 13.5 12.7 10.0 12.5 12.3 12.0 14.0 13.1
VT 130 13.4 14.1 11,3 11.7 12.2 7.8 8.3 8,8 10.9 11.4 12.0

Source: BIA 826 database, Brattle analysis

LMPs theoretically incorporate into prices the effects of each generator’s output and each

customer’s load on system dispatch costs, thus providing price signals for economically efficient

generation dispatch and consumption decisions at every location and every moment. LMPs can

also help to induce optimal location of investment in new supply and demand-side resources.

However, these theoretical efficiencies have not been fully achieved for a number of reasons,

incluc~ng the inability of the existing transmission system to accommodate new generation

(
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Figure A.I: Annual Average Difference in Day-Ahead Prices ($/MWh)

All Hours V

~

1

000749



(without significant upgrades) in certain locations such as Southwest Connecticut, the lack

heretofore of locationally-differentiated capacity prices (discussed below).2 This led to a

situation in which Southwest Connecticut had insufficient supply for reliable operation going

forward, even as prices remained the highest in New England.

b. INSTALLED CAPACITY MARKET

ISO-NE imposes a resource adequacy requirement on all load-serving entities (LSEs) in order to

limit expected loss of load due to inadequate supply to no more than one day in ten years. ISO-
NE also administers a capacity market to facilitate a liquid, transparent mechanism for market

participants to buy and sell capacity to meet their resource adequacy requirement.

The capacity market has historically not distinguished between resources located in load pockets

from those located in generation pockets. Nor were resource adequacy requirements enforced

more than a year forward, thus limiting new resources’ ability to secure an initial revenue stream

before commencing construction. The perceived failures of the initial capacity market, including

the concern that it would not induce sufficient resources to locate in load pockets such as

Southwest Connecticut due to the lack of location-specific prices, spurred ISO-NE to commence

a stakeholder process to modify the capacity market,

ISO-NE proposed the establishment of a forward market for locationally-differentiated capacity,

such as New York and PIM now have. This proposal proved to be highly controversial and was

litigated at FERC. Ultimately, a settlement was reached in which ISO-NE agreed to establish a

forward capacity market (FCM) with a three-year lead time for one-year capability periods, but

with no explicit locational provisions. Locational price premiums or discounts could arise if

ISO-NE finds, based on a study conducted annually, that there are binding internal transmission

constraints that prevent generation in one part of the region from reliably serving load in another

part of the region. The first FCM auction will occur in February, 2008 for the 2010/11 capability

year.

2 In addition, most customers pay fixed rates and are not exposed to time-varying spot prices, allowing them to
over-consume during peak periods.
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c. OPERATING RESERVES MARKETS

In order to maintain reliability in the event of contingencies and unexpectedly high load, ISO-NE

maintains operating reserves, i.e., capacity that is unloaded and ready to produce power quickly

if needed. The region as a whole must carry sufficient operating reserves to cover the single

largest contingency and half of the second largest contingency. In addition, the load pockets of

Connecticut, and NEMA/Boston, must maintain 30-minute operating reserves locally, which are

typically provided by fast-start resources such as combustion turbines.3

ISO-NE administers forward and real-time markets in order to facilitate the efficient supply of

operating reserves, with the full requirement to be purchased forward semiannually in the non-

spinning reserve categories and with spinning reserves and increments/decrements for non-

spinning reserves transacting in real time. The forward reserve market (FRM) price, including

the locational forward reserve market (LFRM) for Connccticut, is capped at $14/kW-month

minus the capacity price.4 Because there has been a shortage of reserves in Connecticut, the

price has been set by the cap in recent auctions. The shortage has also required the use of more

expensive spinning reserves (paid for through “uplift” payments) and/or underutilization of the (
transmission import capacity. These costs are now being addressed in the Department of Public

Utility Control’s Docket No. 07-08-24, DP UC Investigation of the Process and Criteria for use

in Implementing Section 50 ofPublic Act 07-242 — Peaking Generation, as discussed below.

• d. RELIABILITY-MUST-RUN GENERATION

Much of the generation capacity •in Connecticut is composed of old, oil and gas-fired, steam

turbines that are expensive to operate. These units have been kept online and operating through

reliability-must-run (RMR) contracts with ISO-NE that provide for out-of-market payments.

With the introduction of the forward capacity market, these RIVIR contracts are planned to be

eliminated. A concern in Connecticut is that without the RMR contracts, some of the older

generating units might retire and leave a critical supply gap in Connecticut.

~ The sub-load pocket of Southwest Connecticut has also had its own local requirement, but this requirement is
expected to decrease or disappear following the expected completion of the Southwest Connecticut
Reliability Project Phase II in 2009, as discussed in ISO-NE’s 2007 Regional System Plan at p. 43-45.

2006 Annual Markets Report, ISO New England, June 11,2007, p. 72. (
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IL FUTURE OuTLooK FOR CONNECTICUT

Shortages of capacity and operating reserves in Connecticut, particularly Southwest Connecticut,

have been at least partially addressed by new transmission as well as new supply and demand-

side resources. As documented more completely in Appendix 0, the new resources include:

New transmission, including the Southwest Connecticut Phase I project (345 kV
line from Bethel to Norwalk, completed in 2006), the Southwest Connecticut
Phase II project (345 kV lines from Middletown to Norwalk, under construction
and to be completed in 2009), smaller reliability projects, and potentially the New
England East-West-South (NEEWS) project.

• Recent and planned new DSM is described in the DSM section, and amounts to
an approximate 700 MW peak reduction by 2011 and more than 1,000 peak
reduction by 201 8.~ BE programs also reduce future energy requirements by
1,168 GWh by 2011 and 2,821 GWh by 2018.

• Existing, recent, and planned new generation supply includes approximately
7000 MW existing and recently installed capacity, plus 1,107 MW of additional
planned generation by 2011, Table A.2 shows the additional planned generation
by unit.
In addition, planned projects do not completely fill Connecticut’s shortage of
operating reserves, so it was assumed that an additional 279 MW of new fast-
start capacity will be built, as explained below.

Table A.2: Planned Generating Unit Additions and Expansions in ISO-NE by 2011

Summer Winter
Unit Name Unit Type Zone Capacity Capacity Fuel Name

(MW) (MW)

UNIT ADDITIONS
Waterbuiy CT SW CT 80 96 Natural Gas
Kleen Energy CC Rest of CT 560 620 Natural Gas
Wallingford/Pierce CT SW CT 100 100 Natural Gas
DG Capital Grant Projects* CT SW c’r and Rest of CT 96 96 Natural Gas
Renewable Energy Contracts Steam SW CT and Rest of CT 150 150 Biomass

UNIT EXPANSIONS
Cos Cob Expansion GT Norwalk-Stamford 40 40 F02
Millstone Point 3 Nuclear Rest of CT 81 81 Uranium

Total (all is in Connecticut) 1,107 1,183

*DG Capital Grant projects reduced from 130 MW to 96 MW because 34MW are counted as demand reductions

A-S

Measured at the customer meter.
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Summer
Station/Unit Capacity Fixed O&M

. (MW) ($)
• FOM

($/kW-Mo)

4.44
4.32
3.61
3.16
3.84
7,45

NRG -- Middletown 2-4, and 10 770 41,071,316
NRG -- Montville 5, 6, 10, and 11 494 25,608,334
Milford 1 arid 2 492 21,315,292
PSEG -- New Haven Harbor 448 16,996,000
PSEG -- Bridgeport Harbor 2 130 6,009,000
NRG --Norwalk Harbor I and 2 330 29,497,659

Source: Company R.MR Filings to ISO-NE

A unit’s entire FOM cost should not be considered avoidable through retirement because there

are costs of retiring a plant and maintaining or remedia~ing a site, if applicable. Furthermore,

one or two years with low revenues would probably not induce retirement, given the cost of

giving up an option to capture significant value in a good year. Hence, we did not consider

retiring units unless revenues fell several dollars per lcW-month short of covering their fixed

O&M costs. With capacity prices in the $3-4Ikw-month range in all scenarios for 2013 through

2018 (see Table A.7), all units passed the preliminary screen except for Norwalk Harbor 1 & 2.

6 However, units that have already retired are treated as such in this study, including New Boston 1 (350 MW),
which retired in 2007. (

A-6

The potential retirement of existing generating units by plant owners can not be predicted with

certainty, but it was assumed that no existing capacity would retire,6 based on a preliminary

economic screening analysis. •The apalysis consisted of comparing units’ energy and capacity

revenues to their going-forward avoidable fixed O&M costs. Our data source for the fixed O&M

costs was the RMR filings by the old steam turbines in Connecticut, as summarized in Table A,3,

below, (This screening analysis considered only the RMR units because their RMR status

suggests potentially inadequate earnings to maintain operations and because the RMR contract

contains detailed data that facilitates a screening analysis. Units outside of Connecticut were not

consideied) Energy and capacity revenues were estimated based on the model results, since

RMR contract payments are expected to be discontinued upon the inception of the forward

capacity market.

Table A.3: Fixed O&M Costs of R1VIR Unitsin Connecticut
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However, we understand that those units or other new resource may be necessary for reliability

in the Norwalk area in order to protect against contingencies when one of the new 345 kV

transmission lines into Norwalk is out of service. Therefore, we assumed that Norwalk Harbor I

& 2 would stay online in spite of our screening analysis.

Load growth will partially offset the planned resource additions, ISO-NE forecasts an average

annual load growth rate of approximately 1.7% for summer pealc load and 1.2% for energy over

the next 10 years, before considering new DSM.7 (Load growth could be higher or lower,

depending on economic growth, energy prices, and efficiency, as discussed in the Appendix B).

All planned and expected changes to the supply and demand have been included in the resource

balances shown in Tables 2.2 and 2.3 in the main report. As Tables 2.2 and 2,3 indicate, there is

no significant resource gap expected in New England until 2013-2016, depending on the

trajectory of Load, and there is no shortage relative to Connecticut’s local sourcing requirement

until 2030.

Other fundamental changes likely to affect electricity markets over the next ten years include

changes in fuel prices and emission allowance prices. Significantly, carbon allowances will be

introduced under RGGI and potential federal climate legislation, as discussed in Appendix F.

TILM0DELING APPROACH AND FINDINGS: FUTURE PRICES OF ENERGY, CAPACITY,
AND OPERATING RESERVE

This study investigates the resource solutions and procurement strategies that would achieve the

best combination of reliability, customer costs, and other policy objectives, including

environmental, energy security across a range of potential future scenarios. Resource solutions

are evaluated using the DAYZER model to simulate energy market prices, fuel use and

emissions, with other complementary analyses to estimate FCM and LFRM prices.

‘~‘ 2007-2016 Forecast Report of Capacity, Energy, Loads, and Transmission, ISO New England, April, 2007,

p.7.
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The starting point for the analysis is an accurate representation of the existing system, which is

incorporated in theDAYZER model, plus the planned and expected. .changes to transmission and

generation capacity and DSM, as described above. The key assumptions and data inputs are

documented in Appendix G. In addition, the data inputs regarding uncertain exogenous factors,

such as load growth and fuel and emission allowance prices, are varied across scenarios, as

described in Appendix B.

Finally, in future y.ears in which there is insufficient supply to meet ISO-NE’s resource adequacy

criteria, it is assumdd that additional unplanned resources will be added, to., fill the gap. The

specific “resource solutions” that are evaluated in this study help to fill such gaps, and an

economic mix of new gas-fired combustion turbines (CTs) and combined-cycles (CCs) are

assumed to be built to fill any remaining gaps,

a. ENERGY MARKET

Given the data inputs representing the elements of supply, demand, and transmission, DAYZER

simulates a chronological, bid-based, securit~-constrained, unit-commitment and dispatch~ The

model seeks to minimize the total cost to serve load, much like ISO-NE operates the system and

administers the market.

It is important to note, however, that the DAYZER forecasts used in this study ‘do not include

several elements that create volatility in actual markets. First, there are no transmission outages,

which are typically ‘responsible ‘for substantial transmission’ congestion in actual markets.

Second, all generating units are assumed to offer energy at their incremental costs of production:

incremental heat rate x fuel price + variable O&M costs + emissions allowance costs. There are

no bid adders representing other opportunity costs (such as limited run hours for environtnental

reasons, or limited fuel supply) or the pursuit of higher niargins when market conditions allow,

While bidding above marginal cost has ‘been observed in regional organized markets during

selected time periods, an estimate of the impact Of such behavior ‘is beyond the ‘scope of this

study, and is not likely to vary between resource solutions examined, In addition, if there are no

barriers to entry, an increase in energy prices would be largely offset by a decrease in capacity

prices through a relationship discussed in the next subsection.

(
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The key steps DAYZER performs are:

1. Schedule planned maintenance so as to make the available capacity minus the
load as level as possible across the year, i.e., mostly in the Spring and Fall;
schedule forced outages randomly such that each unit’s target forced outage
rate is met.

2. Commit sufficient thermal capacity each day to meet the load plus spinning
reserve requirement not already met by hydro generation. Commitment
decisions, i.e., when to turn on and off each unit each day, if at all, require a
multi-period cost-minimization with many degrees of freedom and can not be
optimized perfectly in a reasonable amount of time, hence DAYZER uses
heuristics to find a near-optimum. The heuristics account for transmission
constraints and the operating characteristics of the units, including their
minimum-up-time (MUT) and startup costs as well as their variable costs.
DAYZER properly opts not to commit steam units with high-MUT and high
startup costs to serve peaking duty when a low-MUT, low startup cost
combustion turbine can do it at a lower overall cost (albeit with a higher
variable cost setting a higher market price for energy). This, and the fact that
generation in constrained-off locations such as Maine is also not committed,
often leads to higher and more realistic prices than a simpler production cost
model might suggest. (Off-peak prices are also lower due to the fact that
MUTs are respected, causing some units whose bids exceed their LMPs to
generate at minimum load).

3. Finally, given the generating units that have been committed for each day and
each hour, DAYZER dispatches the system to meet the load and provide the
required amount of spinning reserves at least cost.

The key outputs of the model are the hourly generation, cost, and emissions at every generating

unit, the flows on every monitored transmission facility, and the LMP at every node, As in ISO

NE’s actual energy market, DAYZER’s hourly LMPs correspond to the marginal cost of serving

load at each node, given by the marginal cost of re-dispatching all of the marginal units in order

to serve an increment of load at that node without overloading any transmission constraints.8

LMPs also incorporate a marginal loss component given by the price at the reference bus

multiplied by nodal loss factors that DAYZER draws from a database of loss factors under

similar load conditions.

Resulting annual average energy prices are shown in Table A.4, below, Table A.4 shows the

annual average price in each zone, given by the hourly LMP at a representative node for each

~ When there are N binding transmission constraints, there are N+1 marginal generating units.
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zone summed across hours and divided by 8,760 hours. As the table shows, prices vary much

less by solution than by scenario, the differences being driven primarily by gas prices, in

addition, prices do not vary by more than a. few dollars among Connecticut zones, nor are they

significantly higher than prices in nearby West-Central MA. This differs from the recent pricing

patterns in which prices were much higher in Norwalk-Stamford than elsewhere (see Table A.5

below), presumably because of the Southwest Conneôticut Reliability Projects, which bring two

major 345 kV lines into Norwalk and relieve congestion into Norwalk-Stamford.

Table A.4:. Average LMP ($1MWh. in 2008$) for AlIScenarios and Solutions

• 2011 2013 2018 2030
~ Root of 110)1 of Re,! of Itco! of

Scenorlo SolutIon Norwolk ,SWCT Cf WCMA NonoCtk SWCT CI’ WCMA Norwolls SWCT Cf WCMA Nonyotk SWCT Cf WCMA
CurrealTreads Conventional 73.0 72,0 73.0 71.6 68.7 67.8 68.7 67,4 74,2 73.2 74.3 72.8 82.9 80.5 81.7 80,2
CurreatTrendn, DSM-Focos 73.0 71.9 72.9 71.5 68.4 67.3 68.3 67.0 74.2 72.9 73,9 72.5 82.3 80.5 81,6 80,0
Current Trends Nuclear - - - ~ - - - 73,4 72.2 73,2 71,8 80,2 77.5 78.6 78.9
Current Trends Cool - - - - - - .73.4 72.2 :73,2 71.8 00.2 77.5 78.6 78.9
StrictClimate Cotjventioual 77.0 76,3 77.4 75.9 83.4 82.0 83,2 81,6 87,0 85,5 86,8 85,1 102.3 100.1 101.5 99.7
Strict Cl jmato OSM-Focus 76.9 76,2 77,2 75.8 82.9 81.4 82.6 81.0 87.9 .86,3 87,6 .F5.9 102,1 :100.3 101.7 99.9
Strict Climate Nuclear,. - - . - - - - - 86,6 85,1 86,3 84.7 99.9 96.6 98.1 97.7
Strict Climate Cool - - . - . - - 86,6 85.1 86.3 84:7 99.9 96,6 90,1 97.7
I1ighFael/Growth Conventional 103.7 106.9 . 108.4 106.4 97.1. 99,3 100.7 , 98.7 105,2 105.7 107,3 , 405.3 114,0 13.4 115.1 113.0
HlghFueI/Growth DSM-Focus 03.6 106,5 108,0 106.0 97,4 99,2 100.6 118.7 106.7 107.1 108:6 106,5 ‘116.5 116.2 117.8 115.7
High Fuel/tjtowttt Nuclear - ~ - - - - - 103.1 103.2 104,7 104,0 1 12.1 109.9 111.6 113.1
HighFuet/Growth Coal - . - - - - - 103.1 103,2 104.7 104,0 112.1 109.9 111,6 113,1
LowStress. Conventions! 50.8 50.6 51.4 50.4 48.3 48,0 48,7 47,7 52,9. 92.2 53.0 52.0 59,2 57.6 58,5 57.2
LowStress 1JSM-Feoas 50.9 50.9 51,6 50,6 48,6 48,! 48,8 47.8 53,3 52,4 53.2 52,2 58.2 57.1 58.0 56.6
LowStreas Nacleor - - - - - - - - 52,2 51,4 .52! 51.6 56.5 54.6 55,4 55,4
LowSlress Coat . - - - - - - - - , 52,2 51.4 52.t 51,6 56,5 54.6 55.4 55.4

Table A.5: Actual LMP ($/MWh in 2008$) Data.at Representative Units

Year Norwalk SW CT Rest of CT WC MA
2005 108 85 85 83
2006 . 87 66 . 67 . 63
2007* 76 72 70
Average 90 . 74 75 , 72

Sources and Notes:
*Aotual LMP data for2007 include data through 12/21/2007.
Annualaverage GOP deflator data are from the Federal Reserve Bànkof St.
Louis.

Table A.6 below compares zonal average prices from our 2011 “Current Trends” scenario, /

Conventional resource solution to actual prices from the past three years. DA.YZER prices are

lower than actual 2005 prices, probably because of the very high gas prices in 2005 following

Hurricane Katrina.. DAYZER prices are 10-20% higher than. actual prices in 2006-07, but

average market heat rates (based on the hourly electricity prices divided by gas prices) are
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similar. DAYZER market heat rates outside Connecticut are a few percent higher than actual

2006-07 heat rates, which makes sense directionally because of load growth (not quite offset by

new capacity or DSM), higher oil prices, and the introduction of a small CO2 allowance price in

2011.

Table A.6: LMP and Market Heat Rate Comparison between DAYZER and Actual Data

Average Fuel Price LMP Market I-lent Rate (MHR) % Difference MFIR
($/MMI3Iu In 2008$) ($IMWh in 2008$) (lila/kWh) DAYZER vs. Actual

ZoneName DAYZER 2005 2006 2007* I3AYZER 2005 2006 2007* DAYZER 2005 2006 2007* 2005 2006 2007*
CT Zone 8.5 10.7 7.9 8.5 73.6 89.7 70,3 71.6 8741 8,494 8,981 8,837 3% -3% -1%
Maine Zone 8.2 10,5 7.8 8.4 68.7 76.4 59.7 63.5 8,168 7,319 7,739 7,955 12% 6% 3%
NE MA Boston Zone 8.5 10.6 7.9 8.5 71.3 86.1 63.3 66.0 8,482 8,223 8,120 8,175 3% 4% 4%
New HainpshireZone 8.2 10.6 7.8 8.4 71.1 81.2 61.9 66.3 8,745 7,775 7,997 8,282 12% 9% 6%
Rhode Island Zone 8.4 10.6 7.8 8.4 71.2 82.2 61.8 65.5 8,514 7,854 7,943 8,151 8% 7% 5%
South Eastern MA Zone 8.5 10.6 7.9 8.5 71.2 82.1 62.2 67.4 8,469 7,810 7,945 8,359 8% 7% 2%
VerinontZone 8.2 10.6 7,8 8.4 73.3 85.0 64.0 69.1 8,968 8,091 8,207 8,580 11% 9% 5%
West Cestral MA Zone 8.5 10.6 7.9 8.5 72.7 84.9 64.0 68.2 8,646 8,073 8,178 8,426 7% 6% 3%

Sources vu! Notes:
Actual 2007 LMP data only include data up until 10/30/2007, and are compared to DAYZER results from January 1 through October 30.
Actual LMP data are downloaded from Global Energy Decisions, Inc., The Velocity Suite, November 2007 data release.
Annual average GDP deflator date are from the Federal Reserve Bask of St. Louis.
Actual nstural gus price data are the Algonquin Citygate prices downloaded from Gas Daily added to the local distribution charges from DAYZER.
DAYZER n~tirrsl ~aS price data are the Horny Hub prices plus basis dtfferetttiahs and local distribution charges.
The market heat rate is calculated as the annual average of the hourly LMP/Ges Price x 1000.

b. CAPACITY (FCM)

In the long-run, a competitive market with minimal barriers to entry should price capacity at the

net cost of new entry (Net CONE). Net CONE is given by the capital carrying charge and fixed

operating and maintenance costs of the new plant that are not expected to be covered by

operating margins from the sale of energy and ancillary services. Typically, it is assumed that

the relevant capacity price-setting technology is a combustion turbine because it is nearly a pure

capacity machine, i.e., it does not earn very large energy margins. For existing resources, ISO-

NE has established a price floor for the first FCM auction based on 0.6 x Net CONE and a price

ceiling of 1.4 x Net CONE, where Net CONE is assumed to be $7,5/kW-Month for a new

combustion turbine. The same floor also applies to new resources that do not leave the auction.

In this study, it is assumed that the capacity market will clear at the floor in 2010/11, when a

substantial surplus is expected. It is assumed that the capacity price will then trend toward Net

CONE when the market reaches supply/demand equilibrium in 2013-16, depending on the

scenario, However, this study deviates strongly from ISO-NE’s Net CONE because it rejects
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ISO-NE’s assumption that a combustion turbine is the relevant technology with the lowest Net

CONE, This study finds that, based on the same cost assumptions that ISO-NE used (but slightly

inflated to refieöt recent increases in the cost of new plant), a combustion turbine would have a

Net CONE of approximately $6.l-9.1/kW-Month (~$4.9-6.8 capital carrying cost + $2.2-2.4

FOM —$O.2-1.7 energy margin), depending on the scenario and year. However, for the

foreseeable future, a combined cycle would have a much lower Net CONE of$2.2-8. 11kW-mo,

depending on the scenario (mostly below $4.5/kW-Month). Net: CONE = $5.9-8.7 capital

carrying cost+ $2.5-2.7 FOM — $2~9-8.O ene~y margin (mostly $6M-8.O) depending on the

scenario. This technology has a higher installed cost than a combustion turbine but substantially

higher energy margins due to its lower heat rate. With its lower Net CONE, it would set a

capacity price significantly below a combustion turbine~s Net CONE, (In the altOrnative, if the

capacity price were set by a combustion turbine’s Net CONE, a combined cycle could enter and

earn more than its cost of capital. More combined cycles would enter until capacity and energy

prices dropped to a level at which the last unit just earned its cost of capital).

Table A.7 below shows the elements Of these calculations, Note that the costs and revenues vary

by location, and Table A.7 shows only the most economic location in each case. Where no unit

exists, a 1 MW test unit was used as an indicator. Test units in the Norwalk-Stamford area were

excluded because prices and energy margins appear slightly inflated there by a binding

transmission constraint (post-contingency flows on EEy-Glenbrook 115 kV) that would probably

be economic to resolve through transmission enhancements,

(
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Table A.7: Summary of Connecticut Capacity Price by Scenario, Resource Solution, Study Year, and Unit Type

I 2011 I I 2013 I 2013 I 2030
Capital at FOM at Energy at Capital at FOM a Energy at Capital at FOM at Energy at Capital at FOM at Enetgy at

Best Best Best Best Capacity Price Best Best Best Ee~t Capacity Best Best Best Best Capacity Best Best Best Best Capacir~
Location Location Leoatiao Location Price Floor Locatiest Location Location Location Price Locatien Location Location Location Price Location Location Location Location Price

[1] [2] [3] [4] [5] [1] [2] [3] [4] [1] [2] [3] [41 [‘1 [2] [3) [4]

MARKET-CLEARING CAPACITY PRICE (EASEl) ON NET CONE FOR A COMBINED CYCLE SFKW-MONTII)
Cusrent Trends Scenario

Conventional 7.7 23 6.2 RestofCT 3.9 4~5 7.3 2.5 6.1 WCMA 5.7 7.3 2.5 6.7 WCMA 3,1 7.3 23 5.5 WCMA 4,3
DSM-Focns 7.7 2.5 6.1 RestofCT 4.1 4.5 7.9 2.5 6.3 SWCT 4.1 73 25 6.5 WCMA 3.3 7.7 25 5.3 RestofCr 4.4
Nuclear - - - - - 4.5 - - - - - 7.3 23 6.2 WC MA 3.6 7.3 2.5 4.8 WC MA 5.0
Coal * - - - - 43 - - .. - - 7,3 2.5 62 WC MA 3.6 7.3 2.5 4.8 WC MA 5.0

Strict Climate Sceeasio
Conventional 7.7 2.5 5.8RestofCT 4.4 4.5 7.9 2.5 8.0 SWCT 2.4 7.3 2.5 7.0 WCMA 2.8 7.7 2.5 7.2RestofCT 3.0
OEM-Focus 7.7 2.5 5.7 Rest ofCT 4.5 4.5 7.9 2.5 7.4 SW CT 2.9 7.3 2.5 7.6 WC idA 2,2 7.7 2,5 7,3 Rest ofCT 2.9
Nuclear - - - - - 4.5 - - - - - 7,9 23 7.4 swth’ 2,9 7.3 25 5.6 WCMA 4.2
Coal - - - - 4.5 - - - - - 7.9 2.5 7.4 SW CT 2,9 73 2.5 5.6 WC MA 4.2

141gb FoelJGrosvtlt Scene
Couve,rtiossel 8.7 2.7 7.1 SWCT 43 4.5 8.5 2.7 6.8 KestofCT 4.4 8.7 2,7 6.5 SWCT 4,9 8.5 2,7 3,1 RestofC’i’ 8.1
DSM-Foces 8,5 2.7 6.6 Restofc’I’ 4.6 4.5 8.5 2.7 6.8 Reslof~T 4.4 8.7 2,7 7.3 SWCT 4.1 8.5 2.7 4.2 RestofCr 7.0
Nuclear - - - . - - 4.5 - - - - - 8,0 2.7 5.4 WCMA 5.3 8.0 2,7 2,9 WCMA 7.8
Coal - - - - 4.5 - - - - - 8.8 2.7 5.4 WC MA 5.3 8.0 2.7 2.9 WC MA 78

Low Stress Seenasio
Conventional 5.9 2.5 5.1 WCMA 3.2 4.5 5,9 2.5 5.0 WCMA 3.3 5.9 2.5 53 WCMA 3.1 6.2 2,5 4.4RestofCT 4.2
DSM-Focus 5,9 2.5 5.2 WCMA 3.1 45 5.9 2.5 5.1 WCMA 3.2 5.9 23 5.4 WCMA 2.9 6,2 2,5 4,lRentofC’f 4,6
Nuclear - - - - 45 - - - - - 5.9 2~5 5.1 WCMA 3.2 5.9 2.5 3.0 WCMA 5.3
Coal - - - - 45 - - - - - 5,0 2,5 5.1 WCMA 3.2 5.9 2,5 3.0 WCMA 53

NET CONE FORA COMBUSTION TURBINE ($!KW-MONT8I)
Csrrresti Trends Scenario

Conventional 6,2 2.2 1,0 WCMA 7,4 6.2 22 1.5 WCMA 6.9 6.2 2,2 1.7 WCMA 6.7 6.2 2.2 0.9 WCMA 75
DSM-Focns 6.2 2.2 0.9 WC MA 75 6,2 2.2 1.3 WC MA 7.1 6.2 2.2 1.5 WC MA 6.9 6.2 2,2 1.0 WC MA 7,4
Nuclear - - - - - - - - - - 6,2 2,2 13 WCMA 7.1 62 2,2 0.9 WCMA 75
Coal - - - - - - - - - - 6.2 2.2 (3 WC MA ‘ 7.1 62 22 0.9 WC MA 7.5

Strict Clinnrte Scenario
Conventional 62 22 0.7 WCMA. 7.7 62 2.2 1,4 WCMA 7,0 62 22 1.4 WCMA 7.0 6.2 22 1.3 WCMA 7.1
OSM-Focus 62 2.2 0.7 WCMA 7.7 6.2 22 1.2 WCMA 72 6.2 2.2 1.6 WCMA 6.9 6.2 2.2 1,3 WCMA 7.1
Nuclear - - - - - - - - - - 62 22 13 WC MA 7.1 62 22 1,0 WC MA 7.4
Coal - - - - - - .. .. - - 6.2 2.2 13 WCMA 7.1 62 2.2 1.0 WCMA 7.4

High FuellGcasvth Scene
Conventional 6.8 2.4 0.3 WCMA 8.9 6.8 2.4 0.8 WCMA 8.4 6.8 2.4 05 WCMA 8.7 6.8 2.4 02 WCMA 9.1
DSM-Focsts 6.8 2,4 03 WC MA 8.9 6.8 2.4 0.7 WC MA 8.6 6.9 2,4 0.6 WC MA 8.7 6.8 2.4 0.2 WC MA 9.0
Nuclenr - - - - - - - - - 6.8 2.4 05 WC MA 8.8 6,8 2.4 02 WC MA 9.1
Coal - - - - - - - - - - 6.8 2.4 05 WC MA 8.8 6.8 2,4 02 WC MA 9.1

Low Stress Scenario
Couveutional 4.9 2.2 0.8 WCMA 6,4 4,9 22 1.0 WCMA 6.1 4.9 2.2 0.1 WCMA 6.4 4.9 2.2 0.5 WCMA 6,7
DSM.Foms 4.9 2.2 0.9 WC MA 63 4.9 2.2 1,0 WC MA 62 4.9 2.2 0.8 WC MA 6.4 4.9 2,2 0.3 - WC MA 6.9
Nuclear - - - - - - - - - - 4.9 22 0.7 WC MA 65 4.9 22 0.3 WC MA 6.8
Coal - - - - - - .- - - - 4.9 22 0.7 WCMA 4,5 4.9 22 0.3 WCMA 6.8

Sorctstera,rdNuuts:
[1]: Future capital cost based 0nFERC testimony by Joim 3. Reed; Prepared Direct Teslimorw ofJolm 3. Reed on Behalfof ISO New Engluod Inst Docker No. ERO3-563-030; Aagml 31. 2004; Pages 55-57.

Adjusted for scenaaio.speciflc capital cost adders.
[2]: FOM values arcs based on EIA-906 data rumpled by Global Energy Decisions, Inc., The Velocity Scite; ISO-New Englarsd RMR agreements; and FERC testimony by John 3. Reed us behalfof ISO-New EngIumI,

Adjusted forscensrio.specific capital cost adders.
[3]: Includes smit average energy margin, plus spin and uplifi payments. Adjusted for scenario-specific capital cost adders.
[41: “[1] +[2] —[3].
[5]: The current price floor of84.5ilcW-Month is assumed lobe in effect irs 2011, The floor is assumed to dimirtisb irs later years, based ott 60% ofNet CONE
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A natural reaction to this contrarian finding of relatively low capacity prices is to question the

energy price forecasts that drive the combined cycles’ energy margins so high and their Net

CONE so low, The priee~ can be explained based on the fUndamentals of supply and demand,

adjusted for unit outages and the non-con~mitment of units With long MUTs and high startup

costs. In addition, as Table A.6 shows, modeled market heat rates are not very different from

recent historical prices, although a small, percentage increase in market heat rates can increase

energy margins by a much larger percentage (based on the difference between market heat rate

and a combined cycle’s heat rate of 7,000).

c. FORWARD RESERVES MARKET

Absent new investment, the present shortage of fast-start capability capacity in Connecticut is

likely to continue. 731 MW of existing9 plus 220 MW of planned (100 MW Wallingford/Pierce,

80 MW WaterbUry, 40 MW Cos Cob) would be insufficient to meet the requirement. We have

assumed that the requirement would be set based on the capacity of Millstone 3, approximately

1,236 MW. (This is close to the 1,100-1,200 requirement.projected by ISO-NE in its, 2007

Regional System Plan). We have assumed that ~79 MW of new combustion turbines would be

built in Connecticut in order to fully meet the requirement. This assumption is consistent with

the recent recommendation of the DPUC to contract for 282 MW of fast-start capacity, as

discussed in Docket No. 07-08-24, DFUC Investigation of the Process and Criteria for use in

Implementing Section 50 ofPublic Act 07-242 — Peaking Generation (at p. 16).

If Connecticut’.s LFRM requirement is met but not exceeded, the LFRM price can be expected to

remain at the price cap given by $14/kW-mo minus the capacity price. This amount, ‘multiplied

by a cost allocation factor is~ applied to Connecticut customers in evaluating rates under each

scenario/solution combination. The cost allocation factor is assumed to be 45% to account for

both Connecticut customers’ share of the Connecticut LFRM costs (some of which are socialized

across New ‘England) and Connecticut’s share of FRM costs from the rest of New England.

~ 2007 Regional System Plan, ISO New England, October 18, 2007, p. 44. (
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APPENDIX B: SCENARIO DEVELOPMENT

Long-range planning analyses must typically address substantial uncertainty regarding external

factors. In order to understand the strengths and weaknesses of potential resource solutions, it is

important to look at how they are affected by changes in these external factors. This can be done

in several ways, including sensitivity analysis, scenario analysis, and Monte Carlo simulation.

In this study, we use scenario analysis, developing several internally consistent future scenarios

against which the resource solutions are evaluated. Each scenario reflects a combination of

particular values for the relevant external factors and is characterized by an underlying “driver”

in combination with settings of other external factors that are consistent with this driver. The

scenarios are designed so that the particular combinations of external factors are relatively likely

(are internally consistent), and/or important (combinations that pose particular risks or

opportunities to the resource solutions). To test the resource solutions under consideration and

expose thefr. strengths and weaknesses, the scenarios are intentionally relatively extreme, but not

implausibly so. Together the scenarios depict a broad range of potential future conditions.

However, the scenario set developed here is not intended to thoroughly cover the full range of

potential outcomes.1

In contrast to scenario analysis, sensitivity analysis typically defines a “baseline” with all

parameters set at nominal or expected levels, and varies one parameter at a time to evaluate the

resource solutions.2 Sensitivity analysis can of course be a valid and useful technique, but

scenario analysis has some advantages here. Scenarios can better capture qualitatively different

multi-dimensional futures, rather than examining only uni-dimensional variations from an

In some analyses, scenarios are used to span the full range of possible future outcomes, but that is not
possible here, given the small number of scenarios that can be evaluated and the large number of potential
combinations of external factors, Similarly, some scenario analyses weight scenarios with probabilities
and calculate probability-weighted quantitative outcome measures, No attempt was made here to weight
scenarios or average outcome measures. The goal of this study is to use scenarios to gain insights about
the strengths and weaknesses of solutions, not to develop a single quantitative measure of their merit.

2 The ISO-NE’s “New England Electricity Scenario Analysis” is an example of a study that uses sensitivity

analysis. Note that the ISO uses the term “scenario” to indicate what we call a “resource solution” — a way
to meet resource needs. The ISO uses sensitivity analysis to examine different settings of external factors
like fuel prices and CO2 price.
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assumed baseline, This avoids a “basecase” preference in which one particular setting of factors

dominates the analysis.

Another approach to characterizing uncertainty is with Monte Carlo analysis, where many

different combinations of external factors are generated randomly according to specified

probability distributions, and resource solutions are evaluated against each combination, This

would result in a probability distribution for each resource solution, and solutions could be

compared based on their expected values and variances. However, a Monte Carlo approach

would not be as informative here because it would embed our own subjective probability

assessments and thereby obscure the dependence of resource solutions’ relative values on very

different future trajectories of external factors. It is impOrtant that this study illuminate for

policy makers how the value of each resource solution depends on key external factors such as

fuel prices, load growth, generation technology capital costs, and changes in environmental

regulations, including climate legislation. Such factors are likely to vary not by a few percent

along a well-behaved continuum, but by large jumps sometimes, and in ways that •are

interrelated. Hence, constructing a range of internally-consistent scenarios that address the range (
of plausible future trajectOries of external factors is more informative in this context than Monte

Carlo analysis.

One of the key steps in developing the scenarios for this study is to understand the relationship

between the scenario drivers econOmic growth, fuel price and CO2 allowance price — and

electricity prices and power demand. To create consistent relationship between these, we have

considered the interaction between economic growth and electric load, and also the feedback

effects by which fuel and CO2 prices affect power price, which then also influences pOwer

demand. Different factors may have varying impact on energy demand vs. peak load, and we

have captured this distinction as well.

Three interacting effects can influence energy and peak demand — the price of electricity, active

demand-side management programs, and economic growth in the region For the scenarios here,

energy and peak forecasts are obtained by adjusting ISO New England’s Base. Case Load

Forecast for these three effects: .

(
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1) Price Effect

One of the key parts of developing scenarios for the IRP is to understand the relationship

between external drivers — fuel and CO2 prices — and electricity prices and load. To

approximate this relationship in developing scenarios, we used the fact that New England

power prices are very closely linked to natural gas prices, and that CO2 prices will affect

power prices almost entirely through their effect on gas prices, In each scenario, we

determined the approximate effect on retail power prices of changes in gas and CO2

prices, assuming a 90% effect of gas prices on power prices, and accounting for the fact

that wholesale power price is “diluted” by T&D charges in the retail price. Given this

estimate of how power prices would change in a given scenario, we estimated the price

effect on electric load using a price elasticity relationship.

Price elasticity for power is often estimated to be in the range of -0.8 to -1.0. (This is a

long-run elasticity; short-run elasticities are much lower —around -0.1 to -0.2. Also, cross

price elasticities between power and other energy sources are very small, and were

ignored here.) This elasticity range is almost certainly too high in the context of large

price changes, because of diminishing marginal effects. We assumed a long run energy

price elasticity of -0.35 and short run energy price elasticity of -0.20, consistent with the

Energy Information Administration’s National Energy Modeling System (NEMS)

elasticity estimates reported in Annual Energy Outlook 2003 (AE02003), NEMS

elasticities are more relevant in our context for two main reasons. First, these elasticity

estimations are forward looking in the sense that they weigh potential long-run

adjustments in the efficiency of equipment stock, Second, NEMS elasticities are

estimated for a large price change which conforms to the case in our scenarios. We phase

in short run elasticity response over three years starting in 2008, while the remaining

effect (the difference between long run and short run) is phased in smoothly over 7 years

starting in 2011. We also follow the same methodology to determine the price effect on

peak load. Peak elasticity is smaller than energy elasticity (around half the magnitude)

due to the limited substitutability of consumption during peak times. Accordingly, we

assumed a long run peak price elasticity of -0.175 and short run peak price elasticity of -
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0.10 for the effects on peak load, and phased in as for energy elasticity effects. This

approach is used for all scenarios to adjust ISO-NE’s Base Case Peak and Energy

Forecasts for elasticity responses to scenario-specific fuel and CO2 prices.

2) DSM Effect

The ISO-NE Base Case energy and peak forecasts are adjusted for DSM that is not

included in the ISO-NE’s forecasts, The “DSM Effect” represents how much lower the

load will be relative to the ISO-NE’s Base Case due to DSM activities. Twodifferent

levels of DSM (corresponding to DSM activities in the Resource Solutions) are studied;

“Base DSM” is a component of all the Resource Solutions, and “Heavy DSM”

characterizes additional DSM activities that occur in the DSM Focus resource solution.

The nominal amount of DSM activities undertaken in either Base or Heavy DSM is the

same across all scenarios, but the interaction with the price effect is taken into account to

develop the resulting DSM response and scenario-specific loads. That is, the Resource

Solution characterizes the amount of effort put into DSM activities, but given that, the

quantity reduction in peak and energy that is actually achieved depends on the scenario. (
3) Economic Growth Effect

Two of our scenarios do not start from the ISO-NE’s Base Case ehergy and peak load

forecasts, but instead work from the ISO’s High Growth ease (or a combination of that

with the Base Case). For those scenarios, we define the “growth effect” to represent the

deviation from the Base Case forecast in a given year.

After defining these effects for each of the scenarios, the next step is to adjust the ISO-NE’s Base

Case forecast by a combination of the three effects to arrive at the scenario load forecasts. For

all scenarios except the Low-Stress Scenario, price effect and DSM effect work in the same

direction to reduce the forecasts below ISO-NE’s Base Case Fore’cast. These two effects

compete to an extent (the price effect essentially “cannibalizes” the DSM effect), and to account

for this we reduce the combined effect by half the magnitude of the smaller individual effect. In

the Low Stress scenario, these two effects work in opposite directions and do not cannibalize one

another, so they are simply summed. This combined impact of price and DSM effects is applied
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in addition to the growth effect present to develop the scenario-specific peak and energy demand

forecasts for the scenarios.

The primary dimensions on which scenarios are defined are:

A. Fuel prices - natural gas prices are of primary importance, but petroleum prices are also

relevant.

B. Load growth

C. Cost of new generating capacity

D. Environmental policy — in particular, climate policy, represented by CO2 price.

The table below summarizes the primary parameters that characterize each of the scenarios.
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A. B. C. D.
Fuel Prices Load Growth Cost / Siting Environment

(CO2_Price)
~, Gas: NYMEX w/ EIA ISO Base Case Load, nominal cost & siting ROGI 2011, 2013;

growth rate adjusted for DSM parameters (see Bingaman safety valve
Oil: NYMEX w/ ETA (‘-‘2%, then 1.5% screening analysis) thereafter

Current growthrate peakgrowth;’—1% ($5 in2Oll-13;--$15 in
Trends energy growth) 2018 to $26 in 2030)

fi, Gas price ‘-1-0% higher, Below Current nominal cost & siting Strict climate:
due to higher gas demand Trends Case, due to parameters 2x EPA Assessment of

~ . from electric gen higher power price V V 8.280, starting 2012~trict (partially offset by non- (from CO2 price, gas ~RGGI pre-2012)
Climate V electric gas use), V price), though based V V ($26/t 2012; $3 41t

Oil same as Current -on ISO Base Case V 2018; $60/t 2030)
Trends. Load,

flJ. Gas “-$1 1/MMBtu (.85 Substantially below Higher costs; 30% over Current
parity to $85/bbl ci-ude, V Current Trends Case additional 10% above Trends prices starting in

9. ~ , 1.7’~’Ref gas price) due to higher power Ref Case on Capital 2014r 1g11 ue~ ~‘ F02, FO6 similar to Ref price (from CO2 price costs, FOM, VOM ($16 inV2Ol4; $20 in
Growth prices (maintain relative and gas price) despite 2018; $35 in 2030)

• rel’n to crude) V being based on high V

~ growth case,
jy, FIHgas at ‘—$5; Based on economic low- cost / easy siting Same as Current Trends

V Crude at —‘$40 (in 2012, growth only slightly Reduce Capital costs Case:
2008$) V higher than nominal, by —-20% vs Current RGGI/Bingaman

Low Stress but load is much Trends Case (all
V higher thanCurrent techs~ V V

V V Trends due to lower V

power prices.

I. SCENARIO DESCRIPTIONS V

A. -Current Trends Scenario

The Current Trends scenario is based on a continuation of current conditions and expectation-s. It

is specified as follows,

i. Fuel Prices

a. Henry Hub natural gas prices are from NYMEX Henry Hub

Futures as of 9/27/2007., with data available October 2007

through December 2012, After 2012, prices are extrapolated

through 2030 using EIA annual growth rates for natural gas

prices (from the 2007 Annual Energy Outlook). Delivered

natural gas prices are obtained by adding a New England basis
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differential; this adder to Henry Hub prices is differentiated

monthly but is assumed to remain constant over years, with an

annual average of $1/MMBtu.

b. Residual Fuel Oil (FO6) prices are forecast for October 01,

2007 through December 01, 2012 based on NYMEX crude oil

futures prices, adjusted based on the historical relationship

between crude and F06 (fróm a simple linear regression),

After 2012, FO6 prices are extrapolated to 2030 using ETA

annual growth rates for FO6.

c. Distillate Fuel Oil (F02) prices are NYMEX Heating Oil

futures from October 2007 through September 2010. Prices are

extrapolated beyond 2010 to 2030 using EIA annual growth

rates for F02.

ii. Load

a. Growth Effect: No additional growth effects; energy and peak

load are based on the ISO-NE Base Case forecast. ISO-NE

forecasts are only available from 2007 through 2016.

Therefore, energy and peak load are extrapolated through 2030

by using the 2015-2016 forecast energy growth rate

(approximately 1%) and peak load growth rate (approximately

1.5%).

b. DSM Effect: Base and Heavy DSM efforts have their nominal

specified effects, as described in Appendix D.

c. Price Effect: No additional price effect, since prices are

assumed to be at nominal levels. Price effects for other

scenarios are defined relative to the Current Trends Scenario.

iii. Cost and Siting

a. Costs for new generation are as described in Appendix C. This

reflects Connecticut locational construction costs, as well as
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the recent substantial increase in capital costs of generating

technologies (up by roughly 25-35% over typical cost estimates

from just a few years ago).

iv. Environmental Regulations (C02)

a. Starting in 2010 when RGGI comes, into effect, CO2 prices are

based on ROOT (approximately $5/t C02). Beginning in 2014

and continuing through 2030, prices are based on the safety

valve price in the Bingaman-Specter Low Carbon Economy

Act of 2007. The safety Valve bogins at $12/t (in 2012$) and

grows at 5% in real terms. This yields approximately $12/t in

2014, $16/t in 2020 and $26/t in 2030 (all in 2008$). For

comparison, in its Scenario Planning exercise, the ISO-NE

assumed a CO2 price of $20/t in its Base Case. Allowance

prices for SO2, NOx and mercury are based on ETA forecasts

(these. are not~ varied across other scenarios., as they are a

relatively small cost component).

B. Strict Climate Scenario

This scenario is driven primarily by, strict climate policy, based loosely on several of the more

stringent legislative proposals that have been put forward recently (e.g., 70% reduction in GHG

emissions by 2050). The primary implication for the power sector is a substantially higher price

of CO2. The high CO2 price causes some dispatch switching (from coal to gas) and a shift

toward gas-fired generation for capacity additions; this increased in gas demand from the electric

sector is partially offset by a decrease, in non-electric us,e of gas, and the resulting moderate

increase in gas demand causes natural gas commodity prices to increase somewhat, The high

CO2 price and higher gas price are reflected in higher electricity prices, which cause a reduction

in load relative to the Current Trends Scenario.

(
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1. Fuel Prices

a. Henry Hub natural gas prices are 10% above the Current

Trends scenario due to increased gas demand. Higher gas

demand for electric generation is partially offset by decreased

non-electric gas consumption (in response to the increase in

effective gas prices caused by the higher CO2 price). The basis

differential to New England is unchanged from the Current

Trends scenario.

b. P02 and F05 prices are the same as the Current Trends

Scenario.

ii. Load

a. Growth Effect: No growth effects as energy and peak is

assumed to grow at thç same rate as ISO-NE’s Base Case

energy and peak forecasts.

b. DSM Effect: DSM effect interacts with price effect as

described in the introduction to this Appendix.

c. Price Effect: ISO-NE Base Case forecasts for energy and peak

are adjusted for the impact of higher electricity prices, which

are driven by higher gas and CO2 prices. In addition to the

10% increase in the cost of gas itself, the higher CO2 price will

increase the effective natural gas price by an additional 14%

(compared to the Current Trends scenario), This resulting 24%

increase in effective gas prices will cause a 14% increase in

delivered power prices. This will induce:

Energy decreases by 5%, relative to IS 0-NE Base Case
energy forecast in 2018. The short-term response, a 3%
decrease in energy, is phased in smoothly over the first 3
years through 2011 and the remaining 2% decrease (long
term response) is phased in over the following 7 years
through 2018. The percentage difference in energy relative
to the Base Case is assumed to remain constant beyond
2018.
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• Peak decreases by 2.5%, relative to ISO-NE Base Case
pcak forecast in.2;018. The 1.5% short-term decrease in the
peak is phased in smoothly over the first 3 years through
2011 and the remaining 1% decrease (long-term) is phased
in over the following 7 years through 2018. The
percentage difference in peak relative to the Base Case is
assumed to remain constant beyond 2018.

iii. Cost and Siting

a. Same as the Current Trends Scenario.

iv. Environmental Regulations (C02)

a. For 2010 and 2011, CO2 prices are based on RGGI

(approximately $5/t C02). •Starting in 2012, CO2 prices are

substantially higher than the Current Trends scenario, due to

strict federal climate policy coming into effect then, The effect

of such a strict climate policy on CO2 price is based on the

EPA assessment of S.280, the Lieberman Climate Stewardship

and Innovation Act of 2007. EPA’s estimated CO2 prices were
• doubled for this scenario; the EPA analysis found that CO2

prices were very sensitive to the amount of offsets allowed, and

that under the same bill but without any offsets, the price
V would approximately triple. A price of double the EPA

V “Lower Nuclear Power Generation” case estimate is reasonably

V V representative of a strict but credible climate policy. Other

V V analyses suggest that prices of around this V level are probably

necessary to prompt a significant change in CO2 emissions,

particularly from the power V sector (e.g., to cause dispatch V

V switching frOm coal to gas generators, and to prompt the

V construction of lower-CO2 new generation). This leads to CO2 V V

V V prices of $26/t in 2012; $3V7/t in 2020 and $60/t in 2030. For
V V V V V comparison, in its Scenario Planning exercise, the. ISO-NE

V used a CO2 price of $40/t in its high carbon price sensitivity

(
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case. The current CO2 allowance price in the EU ETS is €22,

or $32/t CO2.

v. High Fuel! Growth Scenario

This scenario is characterized by high (regional or global) economic growth, in

combination with substantially higher natural gas prices, High natural gas prices are

driven at least in part by high U.S. gas demand (and strong global demand for LNG,

which prevents it from holding domestic prices down). Petroleum prices are somewhat

higher than the Current Trends scenario, E.g., P02 prices are 30% higher on average

over the horizon; F06 prices average 20% higher. Electric load growth in this scenario is

affected by two strong but opposing factors — high economic growth tends to increase

load, while higher fuel and CO2 prices push up power prices, which tends to decrease

load. On balance (and perhaps somewhat surprisingly), electric energy demand in this

case is slightly lower than under the Current Trends scenario, though peak load is higher

(peak demand is less sensitive to the price of power).

vi. Fuel Prices

a. Currently, gas is priced at roughly 60% parity with crude on a

Btu basis, substantially below the historical pricing relationship

of about 85% parity. High economic growth, which is assume I

in this scenario, will lead to high gas demand, which could

cause gas to return to its relative pricing relationship with oil.

A 70% increase in gas price from the Current Trends scenario

puts gas at 85% pricing parity with crude at $85/bbl (2008$),

Note that current futures price for 2011 — $80/bbl (2008$) — is

somewhat above the $67/bbl crude futures price that prevailed

in September when fuel price data was sampled this study. Gas

price in this scenario is defined as 170% of the Current Trends

• gas price. These are Henry Hub prices; since the New England

basis differential is assumed to be unchanged, the delivered
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• price increases by about 60% relative to the Current Trends

delivered price.

b. Crude prices in this scenario are assumed to maintain this 85%

parity relationship with gas prices; i.e., gasand crude prices

move together, This differs from other scenarios but is

consistent with gas and oil having a stable long-term pricing

relationship. P02 prices are estimated in relation to this crude

• price trajectory, based on the EIA forecast of the relationship
• between crude and F02, F06 prices are forecasted using the

estimated relationship between historic crude oil and F06

prices. V

V vii. Load V V

V V a. Growth Effect V V V

e Under this scenario, V the growth effect on energy is based V

V on the ISO-NE’s “High Case” energy forecast which
reflects strong economic growth The effect in year 2018 is (
assumed to remain constant through 2030. V V V

• The growth effect Ofl pe?k load is based on the ISO-NE’s V
V “High Case” peak load forecast, The effect in year 2018 is V V

• V assumed to remain constant through 2030. V

b. DSM Effect: DSM effect interacts with price effect as V

V V described in the introduction to this Appendix.

c. Price Effect: ISO-NE Base Case forecasts for energy and peak V

V are adjusted for the impact of 36% increase in power price that

was prompted by a 67% increase in gas prices (due to higher

gas and CO2 prices relative to the Current Trends Scenario).

This results in: V

• A 13% decrease in energy demand relative ISO-NE’s Base
V case forecast in 2018. The short-term effect, 7.5%, is

V phased in the V first 3 years through 2011, and the remaining
(long-term) 5.5% decrease is phased in over 7 years
through 2018. Beyond 2018; this 13% decrease in energy V

demand relative to the ISO-NE Base Case is maintained.

(
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• A 6.5% decrease in peak relative ISO-NE’s Base Case
forecast in 2018. The short-term effect, 3.5%, is phased in
the first 3 years through 2011, and the remaining (long
term) 3% decrease is phased in over 7 years through 2018.
Beyond 2018, this 6.5% decrease in peak is maintained,

viii. Cost and Siting

a. Costs of new generation (capital costs, FOM, and VOM) are

increased by an additional 10% over Current Trends values to

reflect higher costs (e.g., for labor and materials) in a high

economic growth case.

ix. Environ mental Regulations (C02)

a. CO2 prices are based on RGG1 from 2010 until 2014.

Beginning in 2014 and continuing through 2030, prices are

30% higher than the Current Trends scenario CO2 prices, due

to the additional demand for CO2 allowances created by high

economic growth.

C. Low Stress Scenario

Historically, periods of high prices ai~e often followed by a return to earlier, lower price trends,

The Low Stress scenario reflects a return to somewhat lower fuel and generator costs, reversing

some (though not necessarily all) of these recent price increases. Slightly higher economic

growth, combined with substantially lower power prices, results in both peak and energy load

that are much higher than in the Current Trends Scenario.

i. Fuel Prices

a. All fuel prices are 40% below their corresponding Current

Trends values. Both oil and gas prices fall so that their current

relationship is maintained, For natural gas, the New England

basis differential is assumed to be unchanged, so the
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proportional effect on delivered gas prices is smaller (about

35%).

ii. Load
a. Growth Effect

• This, scenario assumes an energy load that is the midway
between ISO-NE’s High Case and Base Case energy
forecasts.3 The growth effect in year 2018 is assumed to
remain the same beyond 2018.

• Peak load is midway between ISO-NE’s High Case and
Base Case peak:forecasts. The growth effect in year 2018
is assumed to remain the same beyond 201.8.

b. DSM Effect: DSM effect interacts with price effect as

described in the introduction to this Appendix.

c. Price Effect: ISO-NE Base Case forecasts for energy and peak

are adjusted for the impact of ‘lower gas prices on load. The

35% decrease in delivered gas price will cause a 20% decrease

in delivered power prices, This leads to;

• A 7% increase in energy demand relative ISO-NE’s Base’ (
Case forecast in 2018. The short-term effect, 4%, is phased
in the first 3 years through 2011, and the remaining (long-
term) 3.3% increase is phased in over 7 years through 2018.
Beyond 2018, this 7% increase inenergy demandrelative
to the ISO-NE Base Case is maintained.

• A 3.5% increase in peak relative ISO-NE’s Base, Case
forecast in 2018, The short-term effect, 2%, is phased in th.e
first 3 years through 2011, and the remaining (long-term)
1.5% increase ‘is phased in over 7 years .throu~h 2018.
Beyond 2018, this 3.5% increase in peak is maintained.

lii. Cost and Siting

a. Generator costs are lower than in the Current Trends scenario,

reflecting a reversal of at least some of the recent increases in

construction costs. Capital costs are reduced by 20% relative

~ This assumption is consistent with a scenaiio i~ which low fuel prices are stimulating moderately higher

economic growth. However, economic growth is assumed to be less extreme than in the ISO-NE’s High
Case, since it is less likely that fuel prices would remain low if the economy were growing at this high
rate. This logic affects both peak and energy demand. (
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to the Current Trends scenario for all technologies, (FOM and

VOM are unchanged from Current Trends levels.)

iv. Environmental Regulations (C02)
a. Same as the Current Trends Scenario.

II. GRAPHICAL DEPICTIONS

Fuel prices, CO2 prices and loads (peak and energy) of the four scenarios are depicted

graphically below.

Figure B.1: Current Trends Scenario — Fuel Prices
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Figure B.2: Strict Climate Scenario —Fuel Prices
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Figure B.3: High Growth/Fuel Scenario — Fuel Prices
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Figure B,4: Low Stress Scenario — Fuel Prices
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Figure B3: Delivered Natural Gas Prices (All Scenarios)
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Figure B.6: CO2 Allowance Prices (All Scenarios)
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Figure B.7: Energy Profil~ (All Scenarios; Conventional and DSM-Focus Solutions)
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Figure B.8: Peak Profile (All Scenarios; Conventional and DSM-Focus Solutions)
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APPENDIX C~ GENERATION SUPPLY CHARACTERIZATION

I. CONVENTIONAL GAS-FIRED TECHNOLOGY

The characterization of conventional gas-fired generating technology — combustion

turbines (CTs) and combined cycle generators (CCs) — is based on the review of

numerous sources for the cost and performance ofthese technologies. This includes the

testimony of John Reed on behalf of ISO-NE in the development of the ISO’s locational

capacity market. Mr. Reed performed a detailed assessment of the fixed costs of

combustion turbine capacity installed at different locations on the ISO-NE,. grid; this

locational cost information is particularly important in the context of the LRP. We

updated Mr. Reed’s assumptions to current values, supplemented variable operating cost

information and adjusted for technological evolution over time.

Since combined cycle technology is very similar to combustion turbine technology, we

used the CT costs described above as a basis for estimating combined cycle costs.

Combined cycle installed costs were assumed to be 150% of CT installed costs, (
consistent with other sources (different construction schedules cause overnight costs to

have a slightly different relationship). These costs were then adjusted for technological

evolution over time. Combined cycle operating costs were also based on an adjustment

to combustion turbine operating costs.

Table C.1 presents a high-level characterization of CT and CC technology cost and

performance. The values in this table represent capacity located within Connecticut but

outside Southwest Connecticut. Values for Southwest Connecticut and for other•

locations in New England were also developed and used for the simulation analyses. The

cost parameters reflect the Current Trends scenario; in other scenarios these cost

parameters take on different values.’

Table C. I shows heat rates of 6,508 and 9241 Btu/kWh for CCs and CTs, respectively, which reflect full-
load heat rates at ideal conditions, Heat rates of 7,000 and 10,200 Btu/kWh,, respectively, were used in
the simulation analyses. The simulation produces capacity factors that differ from the capacity factors
shown in Table C.1 for screening purposes. (However, the cost parameters shown in Table C.1 were
used in our analysis of capacity prices.) (
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Table Cd: Gas-Fired Generating Technology Characteristics (2015 Online Date)

Combustion Combined
Parameter Units Turbine Cycle

Overnight Cost (2008$/kW) 598 869
Fixed O&M (2008$/kWyr) 26.7 29.7
Variable O&M (2008$/MWh) 3,2 1,4
Economic Life (Years) 20 40
Capital Charge Rate (%) 13.1% 10.7%
Fuel Type (type) Gas Gas
Heat Rate (Btu/kWh) 9,241 6,508
C02 Emissions (tonsfMWh) 0.50 0.35
Assumed Capacity Factor (%) 20% 85%

Notes: Costs reflect generation sited in Connecticut. Emissions are in metric
tonnes.

~IL BASELOAD GENERATION CHARACTERIZATION AND SCREENING

The Baseload Generation resource solution examines the addition of a significant amount

of baseload generating capacity (i.e., capacity with high fixed cost but relatively low

operating cost) within Connecticut. There are several candidate baseload generating

technologies to consider, including nuclear and several versions of coal-fired generators.

The question of which of these potential baseload technologies to consider is addressed

first with a screening analysis, which calculates the all-in cost (the levelized lifecycle

cost). of the different technologies.

A number of data sources were considered for the capital and operating costs and

performance parameters of several potential baseload technologies, including:

• Pulverized coal (supercritical)
• Pulverized coal with carbon capture and sequestration (CCS)
• Integrated gasification combined cycle (IGCC)
• IGCC with CCS
• Advanced Nuclear

Estimating the cost and performance of generating technologies is complicated by the

fact that the industry has little or no recent experience building many of the potential
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technologies (e.g., advanced nuclear, carbon sequestration). Further, even conventional

technologies have experienced major increases in capital costs in the p~.st several years,

making it difficult to estimate• costs even for well-understood technologies. In addition,

regional cost differencOs mean that :a generic technology cost comparison may not he

appropriate for Connecticut. For example, the cost of building new generation in

Connecticut is significantly above U.S. average construction Oosts, as are delivered fuel

costs and O&M co,sts.

Many of the cost assumptions for this analysis are based on the recent study by the

National Energy Technology Laboratory ~NETL) on fossil generation costs, though

numerous other sourceswere also reviewed~including EIA technology projections, MIT’s

Future of Coal and Future of Nuclear studies, ISO New England’s recent Scenario

Analysis study, and others. Because the NETL study is recent, thorough and done

consistently across most of the relevant technologies, it is a useful source here. Capital

costs were increased to account for recent cost increases, and further adjusted to reflect

regional cost differences for Connecticut. Similarly, operating costs are adjusted to

reflect a Connecticut location. Fuel and emissions costs used in the screening analysis

are based on levelized equh)alents to the fuel and emi~sionco’~t trajectories from~the four

sôenarios. All-in ëosts are ~valuated at 85% capacity factor for all fossil technologies,

and 90% for nuclear, Although different technologies might have capacity factol’s that

differ slightly from these às~umptions, the differences would be modest on the New

England grid, and subsequent sensitivity analyses showed that the conclusions of the

screening analysis would not change in light of this.

Table C.2 presents a high-level characterization of cost and performance parameters for

baseload technologies located within Connecticut,. outside Southwest Connecticut.

Again, these cost parameters reflect the Cl3rrent Trends scenario; they take on different

values in other scenarios. To facilitate a high-level comparison, we also include here the

parameters of a gas-fired combined cycle plant, both with and without CCS.
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Table C.2: Baseload Generating Technology Characteristics (2015 Online Date)

Combined Combined Supercritical Supercritieal IGCC wI Advanced
Parameter Units Cycle Cycle W/ CCS Coal Coal wI CCS 10CC CCS Nuclear

Overnight Cost (2008$/kW) 869 1,558 2,214 4,037 2,567 3,387 4,038
Fixed O&M (2008$/kWyr) 29,7 37.1 47.3 62,0 59.2 70.3 102.9
Variable O&M (2008$/MWh) 1,4 13.6 5.8 33,4 7.6 32.5 1.8
Economic Life (Years) 40 40 40 40 40 40 40
Capital Charge Rate (%) 10,7% 10,7% 11.1% 11.1% 11.1% 11.1% 11.9%
Fuel Type (type) Gas Gas Coal Coal Coal Coal Nuclear
Hsat Rate (BtulkWh) 6,508 1609 8,620 12,367 8,144 10,039 10,280
C02 Emissions (tons/MWh) 0.35 0.04 0.79 0.11 0.78 0.10 0.00
Assumed Capacity Factor (%) 85% 85% 85% 85% 85% .85% 90%

Notes: Costs reflect generation sited in Connecticut, Emissions are in metric tonnes. CCS is carbon capture and sequestration, Technologies with CCS
assume offahore sequestration.

Figure C.1 below illustrates the result of the initial all-in cost analysis, using cost and

price parameters (construction and O&M costs, as well as emissions prices and CO2

price) that reflect the environment of the Current Trends scenario. To facilitate an

approximate high-level comparison in the screening analysis, we included a gas-fired CC,

both with and without CCS. Note that a screening analysis like this may not account

accurately for system interactions, so the comparison with a gas CC may be incomplete.

For a proper comparison of gas-fired versus baseload capacity, a system simulation is

necessary; this was dOne in the simulation analyses comparing the Conventional vs.

Baseload resource solutions.
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The sámç technologies can be evaluated against the parameters that reflect each of the

other scenarios as well, as is illustrated in Figure C.2. The different scenarios have

different fuel and CO2 prices, as well as different technology costs, and all these

differences may affect the comparison. Figure C.3 following shows the same information

as Figure C.2, but groups results by scenario rather than by technology, which makes

some effects easier to observe.
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Figure C.2: Levelized Electricity Cost for Baseload Technologies (All Scenarios) —

by Technology
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Discussion of Screening Results
The results illustrated above display several effects, First, compare the various coal

technologies - supercritical coal and IGCC with and without CCS. The screening results

suggest that it would make most sense to consider either a supercritical coal plant without

CCS, or IGCC with CCS, but not the alternative combinations (SC Coal w/ CCS or IGCC

without CCS). Figure C.1 shows that SC Coal is less costly than 10CC without CCS, but

IGCC w/ CCS is less costly than SC Coal w/ CCS. That is, by itself, SC Coal is the more

economical technology, but the incremental costs of CCS are larger on SC coal so that

the economics reverse with CCS. This same observation applies in the other scenarios in

Figures C.2 and C.3; the primary factors that change across scenarios are capital costs

and CO2 emissions costs, and these do not alter the relationships above. We did not

explicitly analyze here the option to add CCS to a coal plant originally developed without

it (what is sometimes referred to as a “capture ready” plant). Other analyses suggest that

160 -

Figure C.3: Levelized Electricity Cost for Baseload Technologies (All Scenarios) —

by Scenario
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this option is unlikely to be attractive, in part because an 10CC plant must be configured

differently to operate with CCS, so that adding CCS after the fact is much more costly.

The screening analysis suggests coal with carbon sequestration is unlikely to be a viable

option in New England. I.e., SC Coal is more attractive than 10CC w/ CCS. This is in

part because it appears that New England does not have favorable geology for carbon

sequestration. This makes it necessary to do offshore (undersea) sequestration with

attendant higher transportation, storage and monitoring costs. These additional costs

appear as components of Variable O&M (VOM) in the graphs above. Even if lower-cost

onshore CCS was feasible, CCS would lilcely still be unattractive in Connecticut. New

England has higher regional construction costs and higher coal prices than other regions.

Higher construction costs disadvantage capital-intensive technologies like 10CC w/ CCS,

and combined with higher coal costs, make it more difficult to compete with gas-fired

technologies. It could well be that under strict climate legislation, 10CC w/ CCS

becomes economical in many regions of the country, but not in New England. Under

federal climate legislation, CO2 prices would be uniform nationwide, but higher

Connecticut capital costs would still tip the economic balance away from a capital-

intensive technology that sequesters carbon to avoid its price. Higher coal prices and

higher sequestration costs would reinforce this effect.

As an aside, we note that based on this screening analysis, adding CCS capability to a

gas-fired combined cycle plant appears economically unattractive. Although the

incremental capital costs associated with CCS are smaller than for coal, they are not

justified by the savings in CO2 emissions costs avoided (a conventional gas CC emits

only about half as much CO2 as a coal plant), The lower efficiency and higher operating

costs of a CC with CCS further reinforces this effect,

This leaves the SC Coal and Nuclear options remaining as potentially attractive baseload

generation options. There are substantial differences in the uncertainties that affect these

two technologies. The economics of a coal plant are exposed to very uncertain,

potentially high CO2 costs. The economics of nuclear generation are subject to large
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capital cost uncertainties, further complicated by other factors not modeled explicitly

here, but nonetheless important — potential siting difficulties, concerns about nuclear

proliferation and spent fuel disposal, etc. While Figure C.2 above appears to show that

nuclear involves less cost uncertainty, this is -simply because the scenarios do not reflect

the uncertainty in nuclear construction costs (since it does not interact with other scenario

variables, this uncertainty can be considered separately).

•Because this screening analysis does not show a clear preference- for either SC -Coal or

Nuclear, we evaluate both as baseload alternatives -in the simulation analyses. On the

New England grid, where the large majority of capacity has much higher variable cost

than either nuclear or coal, these two baseload technologies will operate in essentially the

same way: This is in contrast with son~e other-regions, -where a -coal plant may operate at

a lower capacity factor- because of large amounts of low-cost generation.

This screening analysis -also suggests that gas-fired combined cycle technology is likely

to be attractive, but since that is being considered as a separate resource strategy and

modeled with full system simulations, we do not -attempt to draw conclusions about the

relative meiits of -gas-fired versus baseload -technologies from this screening analysis. -

Ill. RENEWABLE GENERATION CHARACTERIZATION

The discussion of renewable energy sources is contained in Appendix E: Renewable
Energy. -

IV. SOURCES - - - -

The following sources w-ere reviewed in -characterizing supply side generating -

technologies. - - -

“Annual Energy Outlook 2007.” Energy Information Administration. February,
2007. http://www.eia.doe.gov/oiaf!archive/aeoO7/index.html. - - - -

“Bingaman/Specter Climate Change Bill.” Sen. Bingaman, Jeff, July 11, 2007.
http ://energy.senate.gov/public/jiles/END07842_xml 1 .pdf.
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“Civil Works Construction Cost Index; March 30, 2007 Revision,” US Army
Corps of Engineers. March 30, 2007.
http ://www.usace.army.mil/publications/eng-manuals/em1110-2-13 04/entire.pdf.

“Economic and Energy Impacts from Maryland’s Potential Participation in the
Regional Greenhouse Gas Initiative)’ Maryland Department of the Environment.
January, 2007.

“The ETA Petroleum Navigator.” Energy Information Administration.
http://tonto.eia.doe.gov/dnav/pet/pet sum top.asp

“EPA Analysis of The Climate Stewardship and Innovation Act of 2007: S.280 in
110th Congress.” U.S. Environmental Protection Agency. July 16, 2007.

http ://epa.gov/ciimatechange/downloads/s28ofullbrief.pcjf.

“Final Scenario Analysis Modeling Assumptions.” ISO-New England, May 16,
2007.
http ://www. iso
ne.com/cornmittees/comm_wkgrps/othr/sas/mtrls/may2 1 2007/final_sa_modeling
assumptions.pdf.

‘~Fossil Energy Cost and Performance Baseline Studies: Volume 1; August
Revision.” National Energy Technology Laboratory. August, 2007.
http ://www.netl .doe.gov/energy-analyses/baselinestudies.html.

“The Future of Coal: An Interdisciplinary MIT Study,” Massachusetts Institute of
Technology. 2007. http://web.mit.edu/coal/.

“The Future of Nuclear: An Interdisciplinary MIT Study.” Massachusetts
Institute of Technology. 2003. http://web.mit.edu/nuclearpower/.

“Gas Daily.” Platts.
http://www.platts.com/Natural%2OGas/Newsletters%20&%2OReports/Gas%2ODa
ily/.

“Gross Domestic Product: Implicit Price Deflator.” U.S. Department of
Commerce: Bureau of Economic Analysis. October 10, 2007.
http://research.stlouisfed.org/fred2/series/GDPDEF/.

“The Handy-Whitman Bulletin, No. 165.” Whitman, Requardt & Associates,
LLP.

“New England Electricity Scenario Analysis.” ISO-New England. August 2,
2007. http://www.iso
ne.com/comrnittees/cornm_wkgrps/othr/sas/mtrls/elecreport/scenarioanalysisfi
nal.pdf
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“Nymex Futures Prices,” http://www.nymex.com/media/O927O7.pdf.

“Testimony in FERC Docket No. ERO3-563-030.” Ex.. ISO-8. Reed, John. August
31,2004. .
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APPENDIX D: DEMAND-SIDE MANAGEMENT RESOURCE SOLUTION

I. INTRODUCTION

This Appendix describes the demand-side management (DSM)-focused resource solution for

Connecticut, based on an evaluation of DSM conducted by The Brattle Group with substantial

involvement by the Companies. This resource solution builds on work that the Companies have

been carrying out over the past several years in collaboration with the Department of Public

Utilities Control (DPUC), the Energy Conservation Management Board (ECMB) and other

stakeholders. This resource solution envisions a significant increase in spending on DSM

programs, with the objective of eliminating substantially all load growth over the next decade.

These goals incorporate the ECMB’s Vision Statement to assist Connecticut’s businesses to

embrace energy efficiency and load management as an integral part of their business operation.

The assessment contained in this section builds on work contained in prior documents:

• independent Assessment of Conservation and Energy Efficiency Potential
for Connecticut and the Southwestern Connecticut Region, Final Report
for the Connecticut ECMB, GDS Associates, Inc. and Quantum
Consulting, June 2004

• New England Electricity Scenario Analysis, ISO New England Inc.,
August 2, 2007

• Conservation and Load Management Portfolio Plan, Docket 06-10-02,
Scenario 2 (Zero load growth) Supplemental Filing with the DPUC, The
Companies, January 31, 2007

II. CONSERVATION AND ENERGY EFFICIENCY POTENTIAL

The~’ènergy efficiency potential study issued in 2004 identified the maximum achievable cost-

effective potential for energy conservation and peak demand reduction associated with some 300

energy efficiency measures. The study built on research findings from over 200 other studies, It

did not evaluate the potential for demand response measures. It found that 13% of energy

consumption (4,466 GWh) and 13% of peak demand (908 MW) could be cost-effectively saved

in Connecticut through commercially-available energy efficiency measures over a ten year

period from 2003 through 2012. The estimate assumes that all measures that pass the Total

Resource Cost (TRC) test are implemented for the maximum number of customers that can be
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recruited through a concerted and sustained campaign involving highly aggressive program

design~ and delivery channels. Based on the study, if these savings were achieved, they would

eliminate load growth in Connecticut out to 2012.

Although this study is a few years old, and there have been changes in the underlying

assumptions for costs and savings, it is the most current estimate of the available potential in

Connecticut. The ECMB, as required by statute, is in the process of initiating a more current

effort that can be used to update future IRP efforts.

We estimate that approximately one-third of the savings from the 2004. Potential study has

already been captured through changes in codes and standards and/or conservation efforts since

its completion, leaving about 600 MW still available, At the same time, energy prices and

avoided costs have increased substantially sincç 2004, which should raise the cost-effectiveness

of other measures that otherwise were not found cost-effective in the 2004 study. Considering

both of these effects, we expect that the increase in avoided costs since .2004 should more than

offset the already-realized energy savings identified in the 2004 Potential Study, The

Companies’ ten year estimate of energy efficiency potential is 952 MW, which is approximately

5% higher than the 908 MW from the 2004 study and approximately 50% higher than the

estimated remaining potential from the 2004 study.

We compared this estimate of achievable conservation to potential studies that have recentl.y

been completed in other areas of the country, including Vermont, Michigan, and California.

Based on a review of those studies, the 952 MW estimate of maximum achievable energy

efficiency potential appears reasonable. However, there remains some degree of uncertainty

surrounding this estimate. The ECMB will be updating the 2004 Potential Study in 2008.

Results from this effort may determine that DSM potential is even greater than currently

anticipated. The Companies will utilize this updated study to refine and revise the estimates of

maximum achievable cost effective savings.
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III. NEW ENGLAND ELECTRICITY SCENARIO ANALYSIS

ISO New England undertook an eight-month long assessment of the future energy needs of the

New England region. The assessment was carried out through an open process involving one

hundred stakeholders. It yielded seven scenarios of the economic, reliability and environmental

impacts of various demand-side and supply-side technologies on the New England power system

that serves the needs of its 14 million inhabitants.

One of these scenarios involved an intense focus on energy efficiency and demand response

measures. Called Scenario 2, its portfolio of demand-side resources was divided evenly between

energy efficiency and demand response measures. In the aggregate, the scenario incorporated a

significant investment in demand-side resources of some 5,400 MW in New England.

Results from this scenario and the study of potential savings have been used to develop estimates

of the potential size of the DSM resource in Connecticut,

IV, CONSERVATION & LOAD MANAGEMENT SCENARiO II PLAN

The Companies developed a high level multi-year plan for achieving zero peak demand growth

in the state by 2010, equivalent to a 140 MW reduction in peak demand. The plan assumed that

funding constraints on several core DSM programs would be removed and those programs would

be ramped up to substantially higher funding levels. The plan cited a recommendation made to

the state’s General Assembly by the Connecticut Academy of Science and Engineering which

said, in part, “The state should adopt the principle that energy resource needs will first. be met

through all available energy efficiency and demand reduction res~urces that are cost effective,

reliable and feasible” — the precise language adopted in PA 07-242 Section 5 1(c).

The plan intended to achieve its aggressive goals by “aiming higher/going deeper,” i.e., striving

for the highest efficiency levels that are cost-effective. In addition, it sought to accelerate the

replacement of older inefficient systems before the end of their useful lives. Another feature was

integrated program design and delivery, i.e., integration of electric and gas programs and the

initiation of one-stop shopping for all DSM programs. Finally, the plan involved integration
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with other state-wide initiatives, such as the Climate Change Action Plan and the Governor’s

Energy Vision. .•.

V. PRoGJ~AM OPERATION

The. current portfolio of programs offered by the Compani~s under the direction of the ECMB

provides a solid foundation on which to build upon for the future, Despite this existing structure,

a ramp-up period will be.re~uired to achieve a higher level of program. operation. This ramp-up

period would allow the expansion of vendor staff that is currently available and an increase in the

number of vendors availabl.e to the program administrators. The DSM Focus resource solution

envisions a ramp-up period of approximately 3 years before the programs could move to the next

level of saving. It is expected that the programs will peak around 2014 and decline steadily out

to 2018. The decline in program activity is due to anticipated changes in codes and standards as .

well as market transformation. . For instance,, if incandescent bulb conversions to Compact

Fluorescent L~amps (CFLS) .were no. longer considcred asan energy efficiency measure .due to a

code change, the potential. DSM savings from residential program.s would be significantly

reduced (although energy savings would~ still resulO. Similarly, as an energy~ efficiency program

matures, the high efficient equipment tends to become the base1in~ due to market transformation.

a. R~sidenti’al DSM Programs V

The key residential DSM programs designed to meet the aggressive goals are summarized below.

Some of the offeimgs are based on the development of certain technologies within the next few

years. For instance, light-emitting diode (LED) technology has developed rapidly in recent years

to the point where it is an. .eme~ging.(yet relatively expensive) option for residential usage. There

is. little doubt that LED is the lighting form of the future, However, its current use in the

residential setting is still very limited and significant further development is necessary before it

will go “mainstream” and become ‘a significant program offering.

This LED example illustrates the technical challenges encountered when constructing a 10-year

program expansion resource solution. Given the uncertainty of future technologies and of the

regulatory and. Vpolit~cal framework, that the Companies work in, the following program
V V V (V
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descriptions should not be considered absolute, but rather, reasonable projections of an uncertain

future based on the Companies experience and knowledge of DSM Program design. The

following program summaries are high level descriptions of the Companies’ “core” programs,

i.e. programs that result in direct energy savings. Educational programs and offerings are not

included below. By design, the Program descriptions do not provide the same level of detail that

is found in the Companies annual C&LM Plan, The Companies fully anticipate that these

programs will be refined and enhanced on an annual basis over the course of the next ten years as

new technologies and markets are developed. These updates and additional detail will be

provided in future annual C&LM plans.

Retail Products — This program mainly comprises of efficient lighting equipment, including

LED technology, and high efficiency appliances. It is anticipated that compact fluorescent lamps

(CFLs), which provide the bulk of current program savings, will become the norm a few years

out in the future, due to changes in legislation and codes/standards changes and due to market

transformation. It is expected that new technologies and initiatives will evolve such that they.

will mitigate to some degree the sizeable loss in savings that will accrue when CFL savings are

no longer applicable. In addition, other initiatives such as energy efficient electronics will be

considered for this program as those technologies become available,

Home Energy Solutions (TIES) — This program has three components: 1) An in-home services

program; 2) an HVAC component consisting of installation of high efficiency HVAC equipment

and HVAC quality installation including ground source heat pumps; and 3) installation of high

efficiency heat pumps (based on a pilot program) for customers with electric heat, Among the

offerings of the In-Home HES program are comprehensive auditing of air sealing, duct sealing

and direct installation of measures, early retirement of older appliances, customized energy

conservation strategies for customers (including time-of-use rates), renewable options and loan

and financing options. The three natural gas companies in Connecticut provide for the gas

measures associated with the program. The HVAC component consists of rebates for high

efficiency central air conditioning (and heat pump) systems for systems that pass performance

testing. In addition, there are ground source heat pump incentives that are based on actual tested

performance of the units. Finally, the Companies are currently conducting a pilot program
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through lIES to test the feasibility of using high efficiency ductless heat pumps to help

residential customers who have electric resistance heat The results of this pilot program (which

are expected in 2008) will likely lead to some type of high-efficiency heat pump offering.

New Homes — The goal of this program is to minimize peak load growth associated with new

residential construction, Currently, Program offerings include incentives for the installation of

high performanceinsulation, high efficiency equipment, energy efficient lighting, and successful

performance testing of homes e.g., blowerdoor testing and duct blasting. The Program offers

Energy Star certification for qualifying homes and leverages the federal tax credits that are

currently a~’ailab1e. Since residential cooling is a significant driver behind peak load growth, the

Companies will work on minimizing, the impact of cooling on peak demand within the New

Homes Program. Going forward, the Program will move towards Green Building and Zero

“Peak” Energy options. By collaborating with .tbe Connecticut Ciean Energy Fund, the. Program

offerings may include installations of photovoitaic systems, as well as solar thermal water heater

options. In conjunctioii.’with this program, the Companies will work with local building officials

to help increase awareness of energy issues in residential construction and to assist building

officials with the enforcement of energy related building codes.

Water Heating — This program will target all cost effective water heating solutions to residential

customers with high hot water loads and is not expected to start until 2013. It is at tiiis point that

the Companies are estimating that the next generation of viable electric (i.e. heat pump) water

heating technologies will be fully developed and commercially available.

Low Income Program —. BOth UI and CL&P offer a Low Income Program to their customers

that are at or below 60% of state median income level. Both the UI Program (“UI Helps”) and

the CL&P Program (“WRAP’~) are in-home services programs that offer full woatherization,

replacement of less efficient appliances, installation of water saving measures, and’ energy

efficient lighting upgrades. Both UI and CL&P have agreements with most of the local

Community Action Agencies in their territories and utilize those relationships to identi~’ clients

and to “piggy~back” available services and offerings to customers.

(
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Direct Load Control Program — The Direct Load Control Program will target homes (and

small businesses) with central air conditioning systems. The goal of the program will be to

reduce summer peak loads by remotely cycling the compressors in central air conditioning

systems. In addition, the application of direct load control technology to other end-uses such as

water heating and pool pumps will be investigated. This program may be offered in conjunction

with the Home Energy Solutions Program and the New Homes Program to offer customer a

complete package of energy savings and peak reducing measures, In addition, program design

will compliment the future deployment of advanced metering infrastructure (AMI) meters and

time-of-use rates.
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The following tables illustrate the ramp-up of Residential DSM programs from 2009 through

2018.

Table D.1: Residential DSM Programs: 3, 5, and 10-Year Plans

D-8
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Program Strategy 3 Year Plan— 2011 5 Year Plan> 2013 10 YearPIan > 2018

Retail Products • 2008 transition year • Achieve near • CFL’s no longer
e Fully in effect by complete saturation : available or

2009 of CFL’s drastically reduced,
• Maximize CFL’s • Developing new • New high efficient
• Increase appliance technology appliances and LED

portfolio including high lighting main focus
efficiency of program.
appliances, LED

. lighting and
electronics.

Home Energy Solutions • .2009 — first year of • Significant • CFL’s no longer
ramp-up. Begin the participation available or

. development of • New technology drastically reduced.
infrastructure of implemented • New high efficient
home performance e Migration towards a appliances and
technicians market based equipment, home

program, . performance, and
lighting main focus
of program

New Homes • 2009 — first year of • New technology • High penetration of
ramp-up implemented Zero “Peak”

• Coordinate with CT • Code Support Energy, Green
Clean Energy Fund • Core focus of green homes.
to offer renewable building, zero
options. “peak” energy, and

renewable features

Water Heating • 2009— first year of • New technology • New technology
ramp-up implemented fully developed and

market transformed
Low Income • 2009 — first year of • Significant • High saturation

ramp-up Participation
• Higher efficient

. . equipment being
. utilized

Direct Load Control • 2008 transition year • Increased • Significant
• Fully in effect by Participation and participation and

2009 . integration with load reduction
AMI Meter • Fully integrated

• deployment and with TOU rates
. TOU rates
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b. Commercial and Industrial DSM Programs

The key commercial and industrial DSM programs designed to meet the goals of this report are

summarized below. As is the case with the Residential Programs, the C&I Program descriptions

were challenging in nature because of the long time frame involved and the large uncertainties

regarding the development of technologies and markets, the ability to ramp up programs, and the

long planning horizon.

High Performance Core Connecticut Energy Efficiency Fund (CEEF) Programs — Within

this category are the Energy Conscious Blueprint, Energy Opportunities and Small Business

Energy Advantage programs which have been expanded from current efforts.

Energy Conscious Blueprint - The Energy Conscious Blueprint program is a lost

opportunity program which assists building/facilities to achieve 30-50% energy savings

beyond the Connecticut’s building code. This program also integrates with other

initiatives such as commercial lighting, green schools, etc. Outreach, training and

educational efforts to achieve these goals also form a core part of the program.

Energy Opportunities - The goal of the Energy Opportunities program is to promote high

performance equipment, designs, systems and process retrotits that result in energy

efficiency of entire buildings, Incentives will also be provided to replace older,

inefficient equipment such as chillers, old HVAC units etc. with high performing

solutions.

Small Business Energy Advantage - The Small Business Energy Advantage program is

designed for smaller facilities (under 200 kW) with the main goal of moving from narrow

incremental retrofit efforts to comprehensive projects and measure bundles that include

demand response capabilities.

Integrated O&M Strategy — The goal of this program is to integrate operational, maintenance

and commissioning opportunities for buildings/facilities to integrate energy efficiency solutions
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into daily operations, Educational outreach and certification programs are also envisioned to be (‘N

an integral part of this program effort.

Code Support and Code Commissioning — The goal of this program is to provide support for

codes and standards compliance and an expanded effort to commission current and future codes

and standards through CEEF C&I programs.

Energy Efficiency Infrastructure Development and Market Transformation Initiatives - In

order to meet thQ aggressive demand side management goals set for Connecticut, support through

educational efforts, training and professional development have to be an integral part of the

portfolio. This is achieved through partnerships with education~il institutions, trade and business

associations and. other market allies, These market transformation initiatives will strengthen

strategic alliance with other utilities, government agencies and other key players to achieve broad

market changes.

Business Energy Services The goal. of this program is to provide .a holistic one-stop energy

solution to businesses through integration of energy efficiency, load management, load response,

direct Load control, distributed generation,. renewable energy systems, CHP and other initiatives

to facilitate an effective use of CEEF and other C&I programs.

Business Energy Challenge — This program c~l1s for businesses to make commitments to

aggressive energy efficiency and load reduction goals by participating in a strategic planning

effort that includes an executive-level assessment of business energy management practices,

energy efficient capital improvement plan, and a commitment of adequate staffing and other

resources. Participants in this program will be expected to~ implement all or most of the

recommended measures that are cost effective from a life cycle costing perspective. In exchange

for accepting this energy challenge businesses will receive a custom tailored package of the

entire CEEF conservation and load management offerings into one cost-effective bundle,

technical consulting servi~es, arid other support to necessary to make the transition.

(
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Under-Utilized/Emerging Technologies, Designs and Practices — Efforts will ~be made to

incorporate under-utilized and emerging technologies (such as daylighting design, ductless mini-

split heat pumps, etc.) into C&I programs as deemed fit,

Load Response Program —This program is designed to promote customer enrollment in one of

several ISO-NE-operated load response programs. CL&P and UI provide enrolling customers

with the ISO-NE-required internet-based communications system, CL&P and UI also provide

enrolling customers with a one-time set-up incentive to cover costs for data, phone, or metering

connections. The program mandates load curtailments from customers who enroll and provides

enhanced system reliability during peak system load conditions. The Price Response program

helps to mitigate high Locational Marginal Prices throughout the year, Utilizing a current

Department of Environmental Protection (“DEP”) Permit, customers may run emergency

generators to reduce load on the grid under emergency conditions. CL&P and UI provide

direction on operating emergency generators in compliance with Connecticut air quality

requirements during Demand Response events.
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The following table illustrates the ramp-up of C&I DSM programs from 2009 through 2018.

Table D.2: Commercial & Industrial DSM Programs: 3, 5, and 10-Year Plans
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Program Strategy 3 Year Plan — 2011 5 Year Plan> 2013 10 Year Plan> 2018

High Performance Core • 2008 transition year • Continuously • Continuously
Programs (BCE, BO, • Fully in effect by improving strategy. improving strategy
SBEA) 2009 • E~B supports next

~ • BCB = improved code upgrade
~ code compliance

Integrated O&M • 2008 development • 3 year ramp-up, • continuously
strategy year fully integrated into . improving

. 2009 — first year of core programs • Market
~ ramp-up transformation

a Pilotin2009w/10
businesses.

Code Support and • 200 8-9 continue • Continued • Update strategy for
“Commissioning” training and participation in the next generation

education regional/national of cod~s and
. • Participate in codes and standards standards.

re~ional/national initiatives • Near total
initiatives • Significantly compliance

• Partial compliance Improve
compliance

Business Energy • 2008 development • 2 year ramp-up, • Continuously
Services year fully integrated into improving strategy

. . 2009 — first year of core programs • Major driver of

ramp-up • Integration w/ load integrated energy
a Integration w/ load management efficiency and load

. . management • Partial participation management

. Partial participation rate a Integration WI load
. rate . management

a Significant
participation_rate

Business Energy • 2008 — pilot project .. 3 year ramp-up • Major driver of
Challenge • 2009— first year of • Apply also to small- market

ramp-up medium sized transformation
• 2009 = 4-6 businesses • Significant

, companies . By 2011 —Several company
companies . participation

~ Under-utilized & • . 2008 transition • Continuously • Major driver of
emerging technologies, year, tech incorporating new market
practices and designs assessment technologies/etc. transformation

• Update measure • Savings factored • Savings factored
lists by 2009 into core programs into core programs

• Savings factored
into_core_programs
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c. Projected Savings in Energy Consumption and Peak Demand

The Companies provided The Brattle Group with the most recent (October 2007) data on their

DSM plans. Based on review and discussion, two DSM cases were developed, a Reference Case

(which is the basis for DSM assumptions in the other resource solutions) and the DSM — Focus

resource solution, which includes the program expansions. The following are net estimates of

direct program savings and do not include the long term market impacts that may be associated

with programs; changes in codes and standards that may be influenced by programs; or naturally

occurring conservation that would have occurred in absence of the programs.

• Reference Case: This includes all DSM programs, both EE and DR, that
were relatively certain of approval and funding

• DSM Focus Resource Solution: This extends the Reference Case DSM
programs in several directions, assuming that the state’s policy makers
would find it in the public interest to pursue additional cost-effective
DSM. It was also assumed that the DPUC would order and specify
funding sources for this expanded effort.

The Companies provided end-of-year estimates of savings from their energy efficiency and

demand response programs and the corresponding budgets for those programs and indicated that

one-third of savings were realized in the current year and two-thirds savings were realized in the

following year. In other words, one-thirds of the savings are from that year’s programs and two

thirds from the previous the year’s programs. The following tables and figures summarize the

demand and energy savings and budgets that correspond with the DSM programs discussed

above.
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Table D.3: Reference Level DSM MW Savings
2007 2008 2009 2010 2011 2012 2013 2014 2015 2016 2017 2018

UTEE 10 13 23 35 48, 61 74 86 98 110 123 137
UIDR 18 39 82 83 84 84 85 86 87 87 88 89
CL&PEE 36 47 83 124 165 206 246 281 308 335 362 390
CL&PDR ~326 358 420 411 411 411 411 411 411 411 411 411
Total (UI ± CL&P) 389 457 608 653 707 762 816 863 904 944 985 1,026

Figure D.1: Reference Level DSM MW Savings
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Table D.4: DSM-FOCUS Level DSM MW Savings
2007 2008 2009 2010 2011 2012 2013 2014 2015 2016 2017 2018

UI BE 10 13 24 38 57 81 107 131 157 182 208 234
UIDR 20 42 92 103 108 113 118 118 119 120 121 122
CL&PEE 36 50 96 154 224 308 401 501 594 668 723 768
CL&PDR 346 380 447 453 476 496 506 506 506 506 506 506
Total (UI + CL&P) 410 484 658 748 865 998 1,13! 1,257 1,376 1,476 1,558 1,630

Figure D.2: DSM-Focus Level DSM MW Savings

55

2008 2011 2013 2018

[~J

In 2008, demand savings from the Base DSM programs constitutes about 6.1% reduction of

system peak (most of this through DR) whereas the DSM Focus resource solution constitutes

about 6.5% reduction of system peak. By 2018, demand savings from the Base DSM scenario

constitutes about 12% reduction of system peak whereas DSM Focus resource solution

constitutes about 19,1% reduction of system peak.1 DSM efforts in the Base scenario lead to

about 93% offset of load growth between 2008 and 2018. The next two tables show the energy

savings from the DSM efforts,

I Beyond 2018 savings from EB and DR programs were assumed to grow at the same rate as Connecticut system

peak.
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Table D.6: Reference Lcvel DSM GWh Savings

Total (UI + CL&P) 248 329 586 876 1,167 1,46~ 1,754 1,998 2,204 2,406 2,612 2,821

Figure D.3: Reference Level DSM GWII Savings
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2007 2008 2009 2010 2011 2012 2013 2014 2015 2016 2017 2018
ULEE 54 72 131 198 269 343 412 467 524 582 642 704
UIDR 0 0 0 .0 0 0 0 0 0 0 0 0
CL&PEE 194 256 455 678 898 1,123 1,343 1,531 1,680 1,824 1,969 2,117
CL&PDR 0 0, 0 0 0 ,0 0 0 0 0 0 0
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0
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Table P.7: DSM-Focus Level PSM GW1I Savings

I 2007 2008 2009 2010 2011 2012 2013 2014 2015 2016 2017 2018
jUlTotal 54 72 133 214 321 455 596 724 854 985 1,118 1,253
ICi,&P Total 194 271 521 832 1,214 1,663 2,165 2,702 3,203 3,597 3,892 4,134
I]ç~al (UI + CL&P) 248 344 654 1,046 1,536 2,117 2,761 3,426 4,057 4,582 5,010 5,387

Figure P.4: PSM-Focus Level DSM GWh Savings
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The budgets corresponding to the above DSM programs are shown in the following tables.

Table D.8: Reference Level DSM Annual Budgets (Nominal $ Million)

2007 2008 2009 2010 2011 2012 2013 .2014 2015 2016 2017 2Q18
UIEE . $17 $17 $19 $21 $23 $24 $25 $25 $26 $27 $28 $29
UIDR $1 $2 . $4 $4 $‘~ $4 $5 $5 $5 . $5 . $5 $5
CL&PEE $68 $68 $71 $78 $81 $82 $83 $85 $86 $87 $88 $89
CL&P DR $25 $24 $23 $23 $23 $23 $23 $23 $23 $23 $23 $23
T.otal(UI+CL&P) $111 $112 $118 $128 $131 $134 $136 $138 $140 $142 $144 $146

Figure D.5: Reference Level DSM Annual Budgets (Nominal $ Million)
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Table D.9: DSM-Focus Level DSM Annual Budgets (Nominal $ Million)

2007 2008 2009 2010 2011 2012 2013 2014 2015 2016 2017 2018
UI Total $18 $20 $26 $38 $54 $70 $81 $81 $82 $83 $84 $85
~L&P Total $94 $96 $109 $140 $182 $226 $255 $270 $256 $206 $153 $132
Total(UI+CL&P) $112 $116 $135 $177 $236 $296 $336 $352 $338 $289 $236 $216

Figure D.6: DSM-Foeus Level DSM Annual Budgets (Nominal $ Million)
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Source: 2007-2016 CT Peak Demand (MW) data from ISO-NE spreadsheet titled isone_2007jorecast_data.xls.”
2017-2018 CT Peak Demand (MW) data based on The Braille Group extrapolation of hourly ISO-NB data. DSM
data for the Reference and DSM-Focus cases provided by CL&P and UI,

VI. FUTURE DEVELOPMENTS

It is anticipated that a new study on the potential savings from new DSM programs will be

carried out next year to update the estimate of potential DSM savings that was carried out in the

2004 report. The new study will be helpful in refining the Companies’ 10 year DSM estimates

and may help identify new technological developments and innovations in program and

marketing. In addition, it may identify opportunities associated with demand response programs

that were not covered in the previous effort. New technology developments have been

anticipated, but evolving technologies may dreate new opportunities for savings. Advances in

communication and metering technology may make program offerings possible that could not

The next figure shows Connecticut peak demand under different scenarios. (N

Figure D.7: CT Peak Demand (MW) Forecast under Different DSM Scenarios
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previously be envisioned. Finally, the new study may assess the likely impact of dynamic

pricing programs which are not included in the current plan.

Another factor to keep in mind is that increasing amounts of savings will likely be achieved at

increasing unit cost. There is ample evidence from the vast literature on DSM programs that the

“supply curve” of savings is subject to the law of diminishing returns and exhibits an upward

slope. Studies carried out in large states such as California and Florida suggest that budgets have

to be raised substantially if the DSM strategy calls for achieving all cost effective potential. In

reference cases, many analysts assume that utilities will have to provide incentives to customers

in order to buy down the payback period to two years. This usually yields market penetration

rates in the 15 to 25% range. In order to achieve the maximum achievable potential, which may

range from 50 to 65% of the economic potential, the utility or other agency administering the

DSM program has to cover one hundred percent of the customer’s incremental cost. Even then,

many customers would still not bother to sign up. The only way to achieve the entire economic

potential is through more stringent codes and standards,

HOwever, more stringent codes and standards will reduce the potential savings that can be

achieved through utility DSM programs. In California, about half of the efficiency gain during

the past three decades has come from the state’s Title 20 and 24 standards for appliances and

buildings respectively. As one looks at the future, the same is likely to be true. In addition, due

to new legislation and changes in codes and standards in several states (and other nations such as

Australia and the United Kingdom), no incandescent bulbs will be sold, This would eliminate

savings from any utility programs that are directed at replacing incandescent bulbs with CFLs,

While LEDs can be brought into the picture, to take the place of CFLs, on an absolute basis, the

savings per bulb change out will be a lot lower.

VII. SOME KEY CONSIDERATIONS OF THE DSM SOLUTION INCLUDE:

. Continued Funding of Reference Case DSM

Continued and consistent funding of DSM is crucial to Connecticut’s ability to

achieve the levels of capacity savings estimated in this IRP. An interruption or

curtailment in funding can have negative impacts on the infrastructure
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(contractors, vendors, engineers, etc) needed to support the design,

implementation and administration of DSM activities as well as have a negative

impact on customer acceptance of DSM programs and initiatives,

• This IRP is not a C&LM planning document
This document is not a C&LM planning document nor does it replace the rigor

involved with planning and eyaluating cost-effective measures and programs.

instead, the IRP document utilizes the approved programs and measures created

during this planning process to develop the potential capacity resulting from

Reference Case and increased levels of DSM activity.

• The IRP is not.a DSM pótentialstudy
The IRP utilizes the potential for DSM from the most recent achievable potential

study and overlays the programs and measures that were developed during the

C&LM planning process to obtain the quantity of DSM capacity estimated in this

report. The achievable potential study is a study that is required to be updated by

the ECMB in PA 07-242. The capacity estimate in future IRPs from DSM will be

updated based upon new information f~om the updated potential study.

• DSM ramp up is unprecedented (
The IRP estimates a tripling of DSM activity in five years. The amount of

athie~’abi~ DSM is expected to be constrained by the physical resources necessary

to design, install, and administer programs and initiatives. An increase in DSM

activity will require changes in program design, additional engineer time for

design of energy efficiency projects, additional contractor labor to construct and

install projects, vendor support to supply the necessary energy efficient

equipment, as well as skilled resources to administer and evaluate project.

installation and program performance. .
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APPENDIX E: RENEWABLE ENERGY

Renewable electric generation is a key aspect of utility resource planning in New England.

Connecticut and other New England states have been in the forefront of a movement to require a

certain percentage of renewable energy in the generation supply mix. However, the rapidly

increasing renewable energy requirements in New England may exceed the near-term potential

of renewable energy developers to produce the required amounts in the coming years. This has

some important implications for resource costs and ciistomer rates, Because of the importance of

state, regional and federal policies in encouraging renewable energy development, this appendix

begins with policy issues, then concludes with a discussion of availability and cost of renewable

energy in Connecticut.

I. CoNNEcTIcuT RENEWABLE PORTFOLIO STANDARD

Connecti~ut, like other New England states, has a renewable resource requirement that applies to

load-serving entities, Under the Connecticut Renewable Portfolio Standard (RPS), a certain

percentage of electricity sold at the retail level must come from renewable or otherwise eligible

resources, The Connecticut RPS segments eligible resources into three classes:

• Class I: Wind, Solar Thermal, Photovoltaic, Wave, Tidal, Ocean Thermal,
Landfill Gas, Low-emission Sustainable Biomass, Fuel Cells and certain
Small (<5 MW) Hydroelectric

• Class II: Other Biomass, Small Hydroelectric, Municipal Solid Waste
(MS~

• Class III: Energy Efficiency Measures (instituted after January 1, 2006)
and Combined Heat and Power (CHP)

The required percentage of retail load that must be served by each resource class escalates as

follows:
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Table E.1: Percentage Requirements under the Connecticut Renewable Portfolio Standard

Year Class I Class II Class III

2007 3.5% 3.0% 1.0%
2008 5.0% . 3.0% 2.0%
2009 6.0% 3.0%. 3.0%
2010 7.0% 3,0% 4.0%
2011 .8,0% 3,0% 4.0%
2012 9;0% 3.0% 4.0%
2013 10.0% 3.0% 4.0%
2014 11.0% •. 3.0%. 4.0%
2015 12.5% 3.0% 4.0%
2016 14.0% 3.0%. 4,0%
2017 . 15.5% 3.0% 4.0%
2018 17.0% 3.0% . 4.0%
2019 19.5% 3.0% 4.0%
2020 20.0% 3.0% 4.0% V V

There are three basic ways that utilities can comply with the RPS requirement:

• . A utility can purchase generation from eligible sources inVConnecticut or
in ISO-NE for physical delivery to Connecticut customers, bundled with
the Renewable Energy Certificates (RECs) ~that the source generates
(bundled compliance). V V

• A utility can purchase RECs from generators that can physically deliver
eligible renewable electric power into ISO-NE, but who sell the renewable
attribute separately from the energyproduced .(REC compliance).

• Utilities can “buy-through” the RPS compliance obligation by making a
payment to the State (sometimes called an Alternative Compliance
Payment or ACP) that is set at a constant $55/MWh. The funds are
deposited in the Renewable Energy Investment, Fund and used by the
Connecticut Clean Energy Fund to.. promote Class I renewable energy

V projects in Connecticut.

II. PROJECT 100 V

In order to stimulate the development of Class I renewable resources (especially fuel cells

manufactured in Connecticut), the Legislature has required that the Companies enter into long-

term contracts with renewable developers for a total of 150 MW of Class I generating capacity.

This initiative was initially called “Project 100” as it required 100 MW of Class I resources

under contract by 2008. PA 07-242 expanded this requirement to 150 MW under contract by V

(
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2010, The DPUC approved a 15 MW biomass facility in the Project 100 Round I solicitation in

2006. The facility was originally due to begin operations on December 31, 2007; however, the

operation date has been pushed back to May 2010 by the project developer. On December 21,

2007, the DPUC announced a Draft Decision in the Round 2 solicitation, conditionally

approving 7 projects totaling about 109 MW (giving a total approved capacity of about 124 MW)

and ordered the commencement of a Round 3 solicitation to obtain the remainder of the 150 MW

requirement.

Under these contracts, the Companies would retain the Class I RECs associated with the eligible

generation, except in the case of fuel cells where the developer can keep 50% to 100% of the

RECs. Thus, the contract prices will reflect the presumed avoided costs of acquiring RECs.

However, none of the Round 2 approved projects are currently competitive even with REC

prices at $25/MWh, although several biomass facilities n~ay be roughly competitive if one

assumes REC prices at $50/MWh, according to the analyses submitted to the DPUC. The three

fuel cell projects approved (total of 16 MW), on the other hand, were not remotely competitive

even withREC prices of $50/MWh.

The Round 2 solicitation suggests several observations regarding the prospects for renewable

energy development in Connecticut. First of all, the lack of competitive projects with REC

prices below $50/MWh — even with the prospects of guaranteed long-term contracts — means that

the growing Connecticut RPS requirements will likely be met with (1) high REC prices for in

state renewable development; (2) significant volumes of RECs from elsewhere in New England

(assuming they are available); (3) substantial reliance on alternative compliance payments, or a

combination of all of these.2 Second, recalling the project delay from the Round 1 project, some

of the Round 2 projects may not be operational within the proposed timeframe, even with a long-

term contract in place. Renewable project attrition is high — experience from other procurements

suggests that 20% - 50% of projects are delayed or abandoned at some stage, for a variety of

Docket No. 07-04-27 DPUC Review of Long-Term Renewable Contracts — Round 2 Results, December 21,
2007.

2 CL&P paid over $3 million in alternative compliance payments in 2006, according to a filed report (DPUC

Docket 07-09-14, October 15 (corrected) letter). The corresponding figure for UI remains confidential
under their supplier agreement.
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reasons. Even if ~ll of the Round 2 projects werç built by the end of 2009 (under their proposed

schedules) they would supply roughly an additional 925 GWh of Class I renewables to satisfy

the 2010 RPS requirement (assuming an 85% capacity factor for all projects). However, the

Class I RPS requirement by 2010 is 7,0% of Connecticut electricity sales, or double the 3.5%

requirement for 2007. The 2010 requirement for Class I renewab1~s will likely approach 2,500

GWh, and so the combined output from the entire slate of Round 2 project..(if operating) would

not meet the incremental Class I requirement (above the 2007 level) of about 1,300 GWh.

Therefore, unless additional Class I renewables emerge by 2010, the REC price for Class I

renewables in Connecticut will remain high — at or near the $55/MWh alternative compliance

payment level — and at least part of the requirement would be met by alternative compliance

payments rather than renewable generation.

The Project 100 experience also suggests that there are limits to which long-term contracts can

help reduce REC prices, at least in Connecticut. In general, long-term contracts with renewable

developers can reduce the cost of acquiring RECs. A long-term contract for RECs at a specific

price can hedge renewable developers against a potential drop in the REC spot price in the event

that surplus renewable generation emerges. This hedge öan enable renewable developers to

obtain project financing.3 When a renewable developer can profitably build and operate a

project while receiving.guaranteed REC payments, utilitiescan sometimes negotiate aJong-run

REC price that is well below the ACP. Although such an arrangement would represent a savings

for utilities compared with paying higher spot REC. prices or making alternative compliance

payments, should REC prices actually drop below long-term contract prices, utilities would hold

out-of-marketREC contracts that could prove expensive for customers and risky for utilities.

III. RPS AND RENEWABLE DEVELOPMENT IN NEw ENGLAND

The Connecticut RPS (primarily Class T~ is very similar to other RPS requirements in New

England in terms of required percentages as well as the flexibility to obtain RECs throughout the

New England market. Therefore, the New England States are usefully analyzed as a single RPS

~ Developers still incur operational risks that EEC production will not meet contract levels. If that happens,
future net revenues fall from fewer EEC sales and from covering ~contractua1 amounts with market
purchases of RECs or liquidated damages. (
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compliance market. However, there are two aspects of the Connecticut RPS that will affect how

the Companies might be able to comply with the requirement over the long run. First, as

discussed later, Connecticut has significantly lower Class I renewable resource potential

(especially wind) than other New England states, meaning that long-run compliance with the

Connecticut RPS could depend substantially on RECs from elsewhere in New England. Second,

the ACP is not indexed to inflation as it is in Maine, Massachusetts, New Hampshire and Rhode

Island. In those states, the ACP levels were established at $50/MWh in 2003 and escalated at the

Consumer Price index (CPI); they reached $57.12/MWh in 2007.

Because of the likely dependence on RECs generated elsewhere in ISO-NE, the economic impact

of RPS in Connecticut is heavily influenced by the growth of renewable electric generation in

other New England states relative to the escalating RPS requirements across the region. Recent

experience in New England suggest, a potentially protracted period of high REC prIces (close to

ACP levels), as actual renewable development lags the rapidly escalating regional RPS

requirements. Construction costs for renewable generation have increased significantly in the

past several years and in some cases renewable resource development has encountered local

resistance. As a consequence, renewable developers have commanded REC price premiums that

are close to ACP in other New England states.

Although it is beyond the scope of this study to estimate the future renewable energy

development in New England, the ISO-NE 2007 Regional System Plan (RSP) examines the

escalating regional RPS requirements through 2016 and compares them to the eligible resources

in the ISO-NE Generator Interconnection Queue (a list of proposed projects that have requested

an interconnection study from ISO-NE). This comparison revealed that if ~j of the projects in

the Interconnection Queue were built, the additional renewable generation (8,866 GWh) would

exceed the incremental requirements from RPS in New England between 2006 and 2012 (5,881

GWh) by a comfortable margin. In fact, the majority of these projects may never come to

fruition. For example, about 63% of the new renewable generation in the Interconnection Queue

comes from on-shore and off-shore wind projects, many of which have experienced significant

resistance from local communities. According to ISO-NE:
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In the past, the region has experienced the withdrawal of a significant portion of
projects in the queue before the projects were built. Thq project attrition has been
due to project cost escalation, financing, siting, permittIng problems, or a
combination oftheseissues.4

If half of the eligible generation from the ISO-NE Interconnection Queue were available by 2012,

then there wohid remain a significant shortfall in new ren~wable generation to satisfy growing

RPS demands. This possibility does not reflecta stagnant outlook fo~ renewable development in

New England — I’enewable ppwer is a vibrant industry that certainly will grow. However, the

p~ of renewable development relative to the athbitious, rapidly escalating regional RPS

requirements will determine REC prices in the near and mid-term, There is growing concern in

the region that currently high REC prices (near ACP levOls) may persist for sOme time. While

high REC priCes will help stimulate renewable project interest from developers, other constraints

on renewabhi dCvelopmeht such as siting and permitting could retard the pace of development to

keep REC prices very near ACP levels.

For this stud~”s purpose, ho~ever, the most important aspect of the Connecticut RPS Is the

constant ACP price that is not adjusted for inflation over tithe.: As in~f1átion-adjusted ACP prices

rise in other New England states, then Connecticut utilities thay have very limited access to

scarce RECs, since they will naturally flow toward those states where the ACP price is higher.

Under these conditions, even renewable generators that might chose to locate in Connecticut

might elect to sell RECs to utilitiesin other states with higher ACP levels. Thus, there is a very

real prospect that ConnCcticut utilities will eventually comply With the Class I RPS primarily or

neatly exclu~h~e1y through the .$55/MWh alternative compliance payments. While the $55/MWh

price level In Con ecticut will serve to limit the impact of higher regional REC prices for

Connecticut retail customers, it also could eliminate access to RECs produced elseWhere in New

England if regional REC prices exceed this level.

~ 2007 Regional System Plan, ISO-NE, p. 71. Projects often enter the Interconnection Queue in early stages of
development; a position in the queue is more an expression of development interest than actual viability. (
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IV. DAYZER ANALYSIS ASSUMPTIONS

—

In this study, we assume no significant contribution of Class I resources to meet the Connecticut

RPS from .resources physically located in CT beyond the Project 100 capacity, where we assume

the full 150 MW of development.5 This is probably an overstatement, since even legislatively

mandated contracts do not guarantee eventual project development. However, we assume that

the price paid by the Companies for Class I RPS compliance through RECs, contract premiums

with Project 100 developers, or through alternative compliance payments are ~ffl at the $55/MWh

level in nominal terms, reflecting the market outlook described above. This translates into a cost

burden on Connecticut customers of about $200 million in 2011, $230 million in 2013 and

between $300 and $320 million in the 2018 Current Trends Scenario (in 2008 dollars).

Table E.2: Cost of Compliance with RPS Assuming $55/MW1i Nominal REC or ACP

~ We do track the energy from refuse-fired facilities (Class II), and the demand-side management (DSM)

programs included in all resource solutions are estimated to satis~’ the Class III requirements.
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2011 2013 2018

Current Trends Scenario
Conventional 202 231 324
DSM-Focus 200 224 299
Nuclear 202 231 324
Coal 202 231 324

Strict Climate Scenario
Conventional 199 227 V 315
DSM-Focus 197 220 291
Nuclear 199 227 315
Coal 199 V 227 315

High Fuel/Growth Scenario
Conventional 199 229 326
DSM-Foous 197 225 311
Nuclear 199 229 326
Coal 199 229 326

Low Stress Scenario
Conventional 215 250 366
DSM-Focus 213 243 342

V Nuclear 215 250 366

Coal 215 250 366



V. REMOTE RENEWABLES AND ENABLING TRANSMISSION

Ex~licit1y analyzing reneWable energy potential or projections of ren~wable energy development

in New England is beyond the scope of this analysis. However, there is growing interestVVin the

prospects for building substantial windpower capacity in northern New England (e.g, Maine and

New Brunswick) along with transmission thatmight enable energy delivery into the re~t of ISO

NE in order to ~atisfy growing ~eneWab1Ve energy demands. Because this resource strategy must

be ~ur~ued on a region~l basis, it is not one that the Companies can pursue as an independent

procurement Vstrategy. However, some of the illustrative tradeoffs can be shown with a simple

model that estimates the value of windpower revenues (including RECs) in excess of

construction and operating costs, and compares that net revenue to the potential costs of building

transmission. This helps. highlight some of the basic economic considerations that would be

encountered in examining the prospects for combined windpower and transmission de~’elopment

in northern New England. The screening analysis assumes:

• A 1,000 MW wind project in northern New England
• An overnight cost of for wind capacity of $2 0001kW, a real capital charge

rate of 11.36%, and fixed O&M of$30.5IkW~year. V V
V Energy revenues are derived using DAYZER prices adjusted for seasonal

and daily windpower capacity factors, under an assumed annual capacity V

factor of 32%. V V V

• The value of renewable Venergy credits is assumed to be $55/MWh (in
2008 dollar~), which. is slightly below the VACP in other New England
states of approximately $59/MWh, V V

• Federal production tax credits are assumed to remain Vat the current rate of
$20/MWh (in real terms) for the first ten years of operation. V

• Each MW of windpower would Offset only 0.2 MW of other capacity,
consistent with ISO-NE rules, and the capacity price value is derived from
VtheV Current Trends scenario with the Conventional resOurce solution.

Table E~3 shows the annual revenues and costs of windpower on a $IkW basis, and the annual

surplus of revenues over costs. Assuming 1 ~00~ MW of wind capacity, the annual surplus could

support the annual capital requirements of $952 million worth of transmission construction. If

transmission costs $3 million per mile, then the annual surplus of wind revenues over costs cOuld

support 317 miles of needed transmission. V

V VV
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Table L3: Windpower Net Revenues and Transmission Costs

REVENUE (2008$/kW-year)

Energy Revenue 183,2
Production Tax Credit 20,0
Renewable Energy Credits 153.5
Capacity Revenue 9.1

Total Revenue 365.8

COST (2008$/kW-year)

Capital Cost 227.2
‘Fixed O&M Cost 30.5

Total Cost 257.7

NET FUNDS - Available for Transmission

Maximum Transmission Costs (2008$/kW/yr) 108.09
Maximum Transmission Costs (millions of 2008$) 952
Miles of Transmission @ $3 million/mile 317

This stylized example illustrates the potential relationship between the value of windpower and

the cost of building transmission to deliver the energy to the rest of ISO-NE. Note that under the

assumptions outlined above, the REC revenues are over 40% of the total, Of course, not all of

the surplus revenue would necessarily be available for transmission construction, and 300 miles

of transmission may or may not suffice to deliver energy from 1,000 MW of wind capacity to the

rest of New England.

Although only a rough approximation of the magnitude of costs involved, the assumptions can

be altered in the example above to examine how the outcomes might vary as a ~esult, Table E.4

shows how much transmission could be built from windpower surplus revenues under alternative

assumptions. Different wind capacity factors, capital costs, and REC prices all can impact the

surplus available for transmission investment, which varies from $460 million to $1,452 million

— corresponding to 150 miles to nearly 500 miles of transmission under an assumed $3 million

per mile cost. This illustrates some of the risks of combined windpower/transmission resource

development. As expected, the performance of the wind generation (measured by capacity

factor) affects revenues significantly, and the construction costs have a significant impact on the

overall project economics. But the REC price received by the wind developers also has a strong

effect on the project economics — and that poses unique risks insofar that the amount of
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generation (and RECs) available from the project itself could affect REC prices throughout the

region, At a 32% capacity factor, a 1,000 MW wind project will generate about 2,800 GWh per

year. If that were enough to turn a regional REC deficit into a surplus, then REC prices could

fall — imperiling the overall project economics.

Table E.4: Transmission Investment from Windpower Net Rcvenues Under Alternative
Assumptions

Total Cost of New Miles of Transmission
Variable Value Transmission Feasible

(in millions; $2008) (miles)

Base No Change 952 317
Annual Capacity Factor 30% 769 256
Annual Capacity Factor 35% 1261 420
Overnight Cost $ 17501kW 1202 401
Overnight Cost $1500/kW 1452 484
Renewable Energy Credit $45.00 706 235
Renewable Energy Credit $35.00 460 153

Because a large project combining wind and transmission would face significant risks, a regional —

approach to r~newable resource development may become necessary to reallze the aggregate

goals of New England RPS targets. The economics of such investments may prove attractive

enough to pursue, although much more study will be required to ouStline the risks, equitably

allocate costs and benefits, and identify specific transmission projects and wind resources. For

example, there are other potential benefits that could help justify transmission expansion in

northern Nev~’ England, such as reliability, access to unused summer peaking capacity in

Southeastern Canada, enhanced market competitiveness, and economic development. Evaluating

such benefits is outside of the scope of this study but should be addressed in detail as specific

projects are considered.

VI. AVAILABILITY AND COST OF RENEWABLE ELECTRIC GENERATION IN
CONNECTICUT

Although a thorough examination of renewable energy potential in New England is beyond the

scope of this report, we consider on a high level — the costs and availability of several Class I

and Class II renewable resources in Connecticut. Primary renewable technologies, for which we (
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calculate a levelized cost of electricity, include wind, solar photovoltaic, biomass, landfill

methane gas, and fuel cells, Other renewable resources are screened out based on the

unavailability of resources — unexploited or entirely absent — in Connecticut, or on the basis of

the technological immaturity. Theses technologies include geothermal, solar thermal,

hydropower, wave, and tidal.

i. Primary Renewables in Connecticut

Wind, solar photovoltaic, biornass, landfill methane, and fuel cells (although commercial fuel

cells operate on natural gas) qualify as a Class I resource in the Connecticut RPS; as such, we

characterize and estimate the levelized cost of electricity from these renewable technologies,

The cost and performance characteristics of these technologies are based on the review of several

sources, including the ISO-NE’s 2007 “Scenario Analysis” and the EIA’s “Annual Energy

Outlook 2007”. Table E.5 illustrates the renewable technology generation characteristics, based

on current technology, assumed in this analysis. Overnight costs reflect unit siting in New

England.

Table E.5: Renewable Technology Generation Characteristics (Current Technology).

Solar Landfill
Parameter Units Wind Photovoltaic Biomass Methane Gas Fuel Cell

Overnight Cost (2008$/kW) 2,000 5,237 3,142 2,356 3,927
rixed O&M (2008$/kWyr) 30.5 11.9 54.1 115,9 5.7
Variable O&M (2008$/MWh) 0,0 0.0 3.2 0.0 48.6
Economic Life (Years) 20 20 20 20 20
Capital Charge Rate (%) 11.4% 11.3% 12,1% 11.6% 11,6%
Fuel Type (type) Renew Renew Woodchips Renew Gas
Heat Rate (Btu/kWh) 0 0 14,000 10,500 8,000
C02 Emissions (tons/MWh) 0.00 0.00 1.08 0.00 0,44
Assumed Capacity Factor (%) 30% 16% 85% 85% 90%

Notes: Emissions are in metric tonnes.

Construction costs are higher in New England relative to other regions of the US. The

Department of Energy’s “Annual Report on Wind Power Installation, Cost, and Performance
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Trends: 2006” illustrates this cost differential. Specifically, Figure E.1 below, from the DOE

report, illustrates higher wind project costs in New England.6

Figure E.1: Regional Installed Wind Project Costs
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Fuel costs and emissions allowances are relevant to fuel cells and biomass in our analysis. Fuel

cells are assumed to operate on natural gas, while biomass is assumed to combust woodehips.

Natural gas costs and emissions costs used in the renewable technology analysis are based on

levelized equivalents to the fuel and emission cost trajectories (from 2008 through 2030) from

the Current Trends scenario. The cost of woodchips is derived from the ISO-NE’s Scenario

Analysis. Although landfill methane gas operates on methane, we assume it to have zero fuel

costs, given that methane gas is freely available as a waste byproduct from landfills.

Additionally, landfill methane gas ‘is assumed to be, carbon neutral, as its emissions do not add to

what is all ready emitted by landfills.

All—in costs for Connecticut are evaluated at 30% capacity factor for wind, 16% for solar

photovoltaic, 85% for biomass and landfill methane, and 90% for fuel cells. Capacity factors for

wind ‘and solar photovoltaic depend on regional environmental conditions, The capacity factors

6 See Figure ‘20, p. 16 in the “Annual Report on Wind Power Installation, Cost, and Performance Trends:
2006” US Department of Energy, 2007.
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assumed for wind and solar photovoltaic in our analysis reflect environmental conditions in

Connecticut.

Figure E.2 below illustrates the results of the all-in cost analysis for renewable technologies.

Federal production tax credits for eligible technologies are reflected in the capital costs in this

graph, although they actually are related to generation (production) levels, Table E~6 shows the

effect of the Production Tax Credit (PTC) on renewable generation costs,

Figure E.2: Levelized Electricity Cost for Renewable Technologies
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Table E.6: Levelized Electricity Cost for Renewable Technologies Including PTC

Connecticut LCOE After
Renewable Resource RPS Class LCOE PTC PTC

(Class) (2008$/MWh) (2008$/MWh) (2008$/MWh)

Wind 1 100.2 6.8 93,4
Solar Photovoltalc I 449.3 6:8 442.4
Blornass 1 125.0 3,4 121,6
Landfill Methane Gas I 65.4 3,4 52,0
Fuel Cell 1 178.4 0,0 178.4

Under these cost assumptions, ~wind~ landfill methane, and biomass’ appear roughly cost

competitive against current market prices assuming REC prices of $50/Mwh. However, the

availability of these resources in Connecticut will limit their potential contribution to RPS

compliance.

Wind resource potential is limited in Connecticut, and is concentrate,d in the northwest portion ‘of

the State. A 2007 study by Levitan & Associates Incorporated cited one estimate of the potential

for onshore wind generation in Connecticut at only 43 MW.7 The best wind resources in New

England are offshore and further north, especially Maine, However, offshore wind projects are

extremely controversial and much more expensive, and generally not considered viable over the

next decade. Landfill Methane Gas potential is less than 20 MW; most sites have been

exploited; other landfills are not highly-feasible candidates. This is confirmed in the EPA’s

Landfill Methane Outreach Program (LMOP) database.8

ii. Other Renewable Technologies

Geothermal
Geothermal electric generation is not eligible for contributing to the Connecticut RPS,. although

it is eligible in Maine, Rhode Island and New Hampshire (~Dlass I). On this basis alone,

geothermal is not a relevant candidate for, cost considerations. Furthermore, New England does

not feature conventional geothermal resource suitable for hydrothermal generation based on

~ See “Technical Assessment of Onshore and Offshore Wind Generation Potential in New England” prepared
by Levitan & Associates (May 1,2007) Table 8.

8 See “Landfill Gas Energy Projects and Candidate Landfills” map from the Environmental Protection Agency

at: (
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current technology, nor does it offer potential for economical implementation of enhanced

hydrothermal generation systems such as “hot dry rock” water injection and heat recovery.9

A recent study estimated costs for enhanced geothermal system generation at a site in New

Hampshire. Using current technology, the study finds costs ranging from $340 to $680 per

MWh; clearly, this technology is uneconomic compared to alternatives, However, the study

finds that under advanced technology scenarios, costs may fall to a range of $83 to $92 per MWh.

Nevertheless, such technology developments will take decades to achieve.10

Wave, Tidal, and Ocean Thermal
Technologies utilizing Wave, Tidal, and Ocean Thermal resources are in relatively early stages

of research and development, and are not yet widely commercial in the US. Furthermore, ocean

resources near Connecticut offer little in the way of electric generation potential based on current

technology. In California, where generation potential from ocean resources is much more

abundant, costs are still extremely prohibitive.12 Analogously, ocean energy, based on current

te~chnology, is not considered economical in Connecticut.

Solar Thermal
Solar thermal electricity generation is onlS’ feasible in selected areas of the U.S. southwest,

where solar insolation rates can reach 6.0 kW-hr/m2/day or higher, In comparison, NE

insolation rates typically fall below 4.0 kW-hr/m2/day.13

~ See Table A.2. I of Chapter 2—Appendix A. “The Future of Geothermal Energy: Impact of Enhanced

Geothermal Systems (EGS) on the United States in the 21st Century” by Massachusetts Institute of
Technology. 2006,

10 See Table 1.3, p.1 -29. “The Future of Geothermal Energy: Impact of Enhanced Geothermal Systems (EGS)

on the United States in the 21st Century” by Massachusetts Institute of Technology. 2006.
An EPRI study on tidal resources available near Massachusetts suggests that other regions of the US and
Canada offer significantly better tidal resources. See “North America Tidal In-Stream Energy Conversion
Technology Feasibility Study”; EPRI TP-008-NA by Electric Power Research Institute. June 11, 2006.

12 The levelized cost of electricity for a 750 MW wave resource plant owned by an independent utility is

approximately $846.60 per MWh in nominal dollars; see Table 4 in “Comparative Costs of California
Central Station Electricity Generation Technologies”; CBC-200-2007 Oil -SD; by the California Energy
Commission. June 2007.

13 See Figure 13.5 in “Power Technologies Data Book, 4th Ed” by National Renewable Energy Laboratories.

August 2006,
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Hydropower
Most sites with feasible generation capacity in Connecticut are developed. Other potential sites

either are not economically feasible, or the costs are not known until development interest

emerges..

(

(
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APPENDIX F: CO2 REDUCTION POLICIES

Emerging concerns regarding climate change have focused on the electric power sector in the

U.S. In New England, a regional program to address CO2 emissions from power plants, the

Regional Greenhouse Gas Initiative (RGGI) will take effect in 2009. The U.S. Congress is

actively debating proposals to restrict CO2 emissions from all sectors of the economy. While it

is not possible to accurately predict the level and economic impacts of eventual national CO2

policy, it is important to consider the prospects of such policies in utility resource planning

analysis.

I. REGIONAL GREENHOUSE GAS INITIATIVE (RGGI)

The Regional Greenhouse Gas Initiative (RGGI) is a market-based program designed to reduce

CO2 emissions in the Northeast and Mid-Atlantic states. The program targets fossil fuel-fired

electricity generating units with a capacity of at least 25 MW, and it implements a regional CO2

emissions cap and allowance trading program. RGGI is the first regional greenhouse gas

emissions reduction program and the first mandatory greenhouse gas allowance trading system in

the U.S.

RGGI was first proposed in April 2003 and will begin implementation on January 1, 2009. Ten

states, including Connecticut, Delaware, Maine, Maryland, Massachusetts, New Hampshire,

New Jersey, New York, Rhode Island, and Vermont, have agreed to participate in the program.

RGGI set the regional base for the annual CO2 emissions budget for the ten states at 188,076,983

tons, and apportions CO2 emission allowance budgets to each state. The state budgets remain

unchanged between 2009 and 2014, Beginning in 2015, each budget declines by 2.5% of the

original budget per year so that each state’s budget in 2018 is 10% below its initial budget.

Table F. 1 below shows the RGGI emission budgets for ISO-NE states in 2011, 2013 and 2018.

There is no definitive list of RGGI affected units, as the original state budgets were based on a preliminary
list, and the criteria for plant selection remains somewhat ambiguous because it uses original “nameplate”
capacity ratings which can be different from more recent capacity measures, and applies to units that use
more than 50% fossil fuel, which may vaiy ovei time
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Table F.1: RGVGI State Emissions Budgets by Year (CO2 Emissions in Short Tons)

CT
ME
MA
:NH
RI
VT

New Engltznd Total

Since RGGI is a 10~state regional cap, compliance is not mandatory for any given source or even

at the statewide level, provided that sufficient allowances can be obtained from other sources in

states.with emissions below their allocated b~idget; Itis possible that aggregate CO2 emission

from affected uflits in the 1 0-state region will be slightly below the 188 million ton budget level

in 2009. Analysis of the six New England states suggests ~hat as a sub-region in RGGI, New

England initially will be in surplus bècauseemissiqns will be below the combined budgets of the

New England states? . V

Because states have not allocated or auctioned any allowances, the price for RGGI allowances is

not known at this time~ Even if the entire RGGI region (or just the New England portion) were

in an initial surplus, however, one Would expect that positive. prices would emerge from initial

auctions beca~.ise the allowances are tradable across the RGGI region and bankable for future use.

Unfortunately, past analyses that have estimated RGGI allowance prices were conduc.ted during

a time when states, were still joining (or planning to join) the RGGI program. For example, the

most recent es,timate from RGGI was for the 7-state region (e.g., before MA, RI and MD

officially joined) and. examined a 121 million ton budget.3 The mostrecent analysis of which we

are V aware was commissioned by the State of Mary1~nd, which looked at joining the 7-state

region but did not examine the 10-state region because it was conducted prior to Massachusetts

2 Evaluation of Jmpact of regional Greenhouse Gas Initiative CO2 capon the New England Power System,

ISONE, Octobei~ 26,2006. V V V

~ SeeV “RGGI V Preliminary V Electricity Sector Modeling Results: Phase III ROGI Reference and Package

Scenario” ICF Consulting, August 17, 2006, V (
F-2 V V

V 2011

10,695,036
5,948,902

26,660,204
8,620,460 V
2,659,239 V

V V V 1,225;830

55,809,671

2013

10,695,036
5,948,902

26,660,204
8,620,460
2,659,239
1,225,830

55,809,671

.2018 V

9;625,532
5,354,012

23,994,184
7,758,414
2,393,315
1,103,247 V

50,228,704
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and Rhode Island formally joining the program.4 The NE-ISO study of October 2006 considered

the prospects of Massachusetts and Rhode Island joining the other New England RGGI states,

but did not estimate allowance prices because it instead examined the impacts of a range of

assumed allowance prices on the region’s emissions and energy prices. Lacking a definitive

study, we derived our assumed RGGI allowance prices from the Maryland study, because this

study was the most recent, and thus incorporated more recent fuel prices in its estimates, These

prices were $4.85 per ton of CO2 in 2011 and $5.69 per ton of CO2 in 2013 (converted to 2008

dollars).5 By 2018, we assume that RGGI program is supplanted by a federal program with

higher allowance prices than expected under RGGI, except for in the Strict Climate Scenario,

where the Federal program becomes effective by 2013.

In this study, we have modeled compliance with RGGI from a financial perspective, e.g., the

dollar value of allowances that are implied by each covered source’s CO2 emissions. That is, we

allocate a CO2 price to each affected fossil-fuel generation unit in proportion to its CO2

emissions, and that becomes part of the variable cost of dispatch. This is a correct way of

modeling, costs even when allowances are allocated freely (although there will be differences

between cost-of-service ratemaking and unregulated generators’ rate impacts). In the case of

Connecticut, however, the state has announced its intention to auction off 100% of the RGGI

budget allowances, which would clearly make CO2 both an expense from the standpoint of an

unregulated generator as well as a cost from the standpoint of a cost-of-service price.

II. FEDERAL CLIMATE POLICY

This study assumes that a market-based national climate policy will emerge early. in the next

decade, which will be more stringent than the RGGI targets and which will result in a CO2

allowance price that is higher than prices assumed under RGGI.

‘~ See Economic and Energy Impacts from Maryland~ Potential Participation in the Regional Greenhouse Gas

Initiative, A Study Commissioned by the Maryland State Department of the Environment, January 2007,~ These were derived from interpolating the figures in Table 9.10 under the “Maryland Joins RGGI” column

for 2010 and 2015, and converting from $2004 to $2008. .
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While the emergence of a federal CO2 policy is plausible, and even probable in the timeframe we

consider, it is too:early in the debate to make accurate predictions regarding the level and timing

of the emission. reductions, the presence or absence of cost-containment mechanisms such as

allowance price caps (“Safety Valve Price”) or international offsets, and therefore the resultant

CO2 prices.~ Nevertheless., we assume that a market-based allowance program will be in place by

the middle of the nextdecade in all scenarios, except for the Strict Climate scenario where the

federal program will be in effect by 2013.

One of the primary debates. regarding policy is the issue of whether,a “safety valve” price should

be included. A safety valve is a cap on the price of CO2 emissions: at this, price, the government

will issue additional CO2 allowances and thereby permit emissions to exceed the overall target.

Absent a safety valve, allowance prices, are both uncertain (it is not possIble to estimate the

initial levels eãsil~’) and potentially volatile (they will be prone to frequent changes as fuel prices

and othercosts change overtime). A safety valve set at a high level (i.e., much higher than. the

expected.priee) may only rarely come into play, while a safety~valve set at~a’relati’vely low ‘level

(i e , closer to the “expected price”) will probably determme the CO2 allowance price most or all

of the’time. ‘ .. . ‘ ‘ ‘ . ‘ .‘ ‘ ‘ ‘

Although we .are not predicting. whether or ‘not an actual safety’ valve price will’ be utilized, we

used the “safety valv&’ prices contained’ in recent legislation to guide our CO2 allowance price

assumptions in the Current Trends scenario. In the Current Trends .scenario, we assume that the

CO2 allowance price will followthe safety valve price featured in the Bingaman-Specter Low

Carbon Economy Act of 2007. in the Bingaman-Specter bill, the safety valve price begins at

$12/ton of CO2 (in 2012$) and grows at 5% in real terths. This yields approximately $13/ton in

2018 and $24/ton in 2030 (all in 2008$).’ We assume that this al1o~ance price path does not

begin until after 2013, however, so that it only affects the 2018 and 2030 analysis years ~RGGI

prices are assumed for the 2Q11 and 2013 in the Current Trends scenario). This is also the

assumption in the Lower Stress scenario.’

In the Strict Climate scenario, we assume that (1) federal climate policy begins earlier, and thus

is in effect by 201,3., and (2) that the level of emission reductions sought are much more

(
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aggressive than the levels determined by the safety valve price contained in the Bingarnan

Specter proposal.6 For the Strict Climate scenario, we assumed implementation of a climate

policy similar to S.280, the Climate Stewardship and Innovation Act of 2007, introduced into the
110th Congress by Senator Leiberman on January 12, 2007. S.280 contains a set of economy-

wide CO2 emission targets, which return to 2004 levels by 2012, faIl to their 1990 levels by 2020,

and in the long run (e.g., 2050) are 60% below the 1990 levels. Up to 30% of emission

reductions can arise from international offsets from CO2 emission reductions pursued abroad,

and the proportion of domestic CO2 allowances that are auctioned (rather than distributed free to

affected entities) is gradually increased, Because S.280 did not have a safety valve allowance

price cap, however, allowance prices are uncertain, Analyses by the Energy Informatiofl

Administration and the Environmental Protection Agency suggest a wide range of possible CO2

allowance prices under S.280. These CO2 prices will depend upon fuel prices, energy demands,

the cost and availability of nuclear power, the cost and availability of carbon capture and storage

(CCS) technologies for coal-fired generation, and the cost and availability of international offsets

that can be substituted for domestic emission reductions. Projections of CO2 allowance prices in

the early years (i.e., 2012 to 2015) range from about $10 to $40 per ton, with the low end of the

range roughly similar to the Bingaman-Specter safety valve price. Projections of CO2 allowance

prices for the 2030 timeframe range from below $30 to over $80 per ton.

Since the scenario analysis is designed to explore significant differences in external factors, we

selected an allowance price path that was on the high end of the range of the overall set of

projections. In doing so, we are not predicting such CO2 prices, but rather examining the impact

on resource decisions from an aggressive national CO2 policy that does not benefit from

optimistic technology or international offset assumptions.7 This results in a much higher CO2

price in 2013 than other scenarios ($25/ton compared with less than $6/ton in other scenarios, in

year 2008 dollars); however the ratio narrows over time from over four times as high to roughly

double. The CO2 allowance price in 2018 is about $3 1/ton in the Strict Climate scenario (vs.

6 See Energy Market and Economic impacts of S. 280, the Climate Stewardship and innovation Act of 2007,

(EIA, July 2007) and EPA Analysis of The Climate Stewardship and innovation Act of2007 (EPA, July 16,
2007).

“We chose the allowance price projections derived from Scenario 6 from the EPA analysis, which assumes a
lower growth rate in nuclear power generation than other EPA scenarios.
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$13/ton in the Current Trends and Low Stress scenarios) and $55/ton in 2030 (vs~ $24/ton in the

Current Trends and Low Stress scenarios). In the High Fuel/Growth Price scenario, the 2018

and 2030 prices are assumed to he one-third higher than in the Current Trends scenarios. The

Table below shows the assumed CO2 allowance prices assumed in the study.

Table F.2: CO2 Emissions Permit Prices by Scenario (Short Tons)

(

(
F-6

. High Growth&

Year Current Treads Strict Climate Fuel Prices Low Stress
(2008 $/tCO2) (2008 $/tCO2) (2008 $ItCO2) (2008 S/tCO2)

2011 4.85 4.85 4,85 4.85
~ 2013 5.69 25.05 5.69 5.69
: 2018 13,32 30.92 17.76 13.32

2030 23.92 54.80 31.90 23,92
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APPENDIX G: DAYZER MODEL INPUT ASSUMPTIONS

I. INTRODUCTION

The analysis of energy production, costs, and emissions was performed using the DAYZER

model. DAYZER is an electricity market simulation model designed by Cambridge Energy

Solutions (CBS) to mimic ISO-NE’s operation of the New England electricity market. The

model takes as inputs the fundamental elements of supply, demand, and transmission; the outputs

include generation outputs, costs, prices, transmission flows, and emissions. Although CBS

provides a complete set of data that can be used as model inputs, The Brattle Group refined and

developed the data to better reflect current and expected ISO-NE market conditions for the

purpose of this study. This appendix describes the resulting data inputs and key assumption’s.

II. SIMULATION CASES

Each DAYZER simulation case incorporates a combination of(~) market assumptions, including

load growth, capacity online, and the price of fuel and emission allowances, which vary by

scenario; (2) the degree of inclusion of the New England East-West Solution (NEEWS)

transmission project; and (3) a candidate resource solution to meet any resource gap relative to

reliability requirements. Varying these factors to test each resource solutions across a range of

market and system conditions yields numerous possible combinations and, hence, numerous

potential simulations. Figure G.l presents the dimensions in any given simulation case. Each

dimension has an abbreviated name found in the DAYZER input and output files, and a

corresponding description for clarification. Note that the Coal resource solution in italics does

not require separate simulations for evaluation. The Coal resource solution ‘is evaluated by

making adjustments to the Nuclear resource solution simulation results,

G-l
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Figure G.1: Summary of SimulationCase Dimensions

4 DAYZER Short Name Description

Scenario: Exogenous System Condition

I REF(CurrTrends) Current Trends Scenario
2 SCEI(StrietClimate) Strict Climate Scenario
3 SCE2(HighGrowth) High Fuel/Growth Scenario
4 SCE3(LowStress) Low Stress Scenario

Resource Sohltion:Eyaiuated Companies Resource Solution

1 IRPI(Coiiv) Conventional Approach
2 IRP2(HVyDSM) DSM-Focus Solution
3 IRP3(BaseGen) Nuclear .Solution (Simulated in Study Years with Resource Gap Only)
4 JRP3a(BaseGen-Coql) Coal Solution - Coal (Not Simulated)

Study Year: Subject to Variations on New England East-West Solution Transmission Inclusion

1 2011
2 2013
3 2018
4 2030

Degree of New England East-West Solution Transmission Inclasion

I nNEEWS NoNEEWS(201 I Only); Includes Middletown/Norwalk project
2 pNEEWS Partial NEEWS (2013, 2018, and 2030 Only); Excludes Central Connecticut Reliability Component
3 tNBEWS. Total NEEWS (2013, 2018, and 2030Only)

(
III. GENERAL MODEL ASSUMPTIONS

The model assumes a competitive market in which energy bids are based on incremental costs.

Incremental costs ate assumed to be given b~’the incremental heat rate + Variable O&M costs,

without regard to potential oppbrtunity costs. However, the unit commitment algorithm that

precedes the generation dispatch also considers unit startup costs, minimum up time, and other

operating constraints, as described in Appendix A. V

IV, EXISTINGCAPACITY V

Existing capacity as of 2007 is generally consistent with the ISO-NE 2007 Regional System Plan

(RSP) and the 2007 Capacity, Energy, Loads, and Transmission (C’ELT~ report) Figure G.2

summarizes ISO-NE existing generating unit capacity used in the DAYZER model compared to

the 2007 RSP and the CELT report. V

However, capacity in the supply-demand balance used for defining the resource gap is exactly consistent with
CELT, Please see Table 2.2 of the main report. V
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Figure G.2: ISO-NE Existing Generating Unit Capacity by State

Total Installed
State Capacity (MW)

2007
Assumed Regional
Existing System
Capacity Plan

Connecticut 7,552 7,535
Maine 3,199 3,084
Massachusetts 13,213 13,027
N~w l-lampahire 3,991 3,979
Rhode Island 1,803 1,818
Vermont 877 1,084

Total 30,636 30,527
CELl’ 30,945

As shown in Figure G.2, the Connecticut capacity in the DAYZER model is 7,552 MW, which is

almost the same as the 7,535 MW reported in the RSP. Both numbers include the approximately

700 MW Lake Road units which are located geographically in Connecticut, but electrically in

Rhode Island, The CELT report shows Connecticut existing capacity as 6,999 MW not including

the Lake Road units, and 7,697 MW including the Lake Road units (i.e., within 200 MW of the

capacity listed in RSP and DAYZER).

Outside of the DAYZER model, in our determination of the resource needs relative to

Connecticut’s local sourcing requirement (LSR), we used CELT’s 6,999 MW until the NEEWS

transmission project brings Lake Road electrically into Connecticut, as shown in Table 2.3.

Further clarification on the Connecticut units and ratings used in this study to define the

Connecticut resource needs (according to the CELT report) are shown in Figure G.3.
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Figure G.3: CELT Existing Generating Units in Connecticut Area

Summer
CRLF Generator Home Areu Cupucily

(41112

MILLSTONE POINT S CT 1,155
MILLSTONE POINT 2 CT 880
NEWHAVENHARBOR CT 448
MONTVILLS 6 CT 407
MIDI)LETOWN 4 CT 400
MIDDLET.OWN 3 CT 236
ABS THAMES CT III
M0DDLETOWN 2 CT 117
MONTVILLII 5 CT II
CDBCCA CT 52
SO. MEADOW IS CT 38
DEXTER CT 31
SO MEADOW 12 CT 31
SO. MEADOW 14 CT 37
SO. MEADOW I CT 36
PFIZER #1 CT 33
SO, MEADOW 6 CT 27
SO. MEADOW 5 CT 26
UCONN COGEN CT 2$
EXETER CT 24
PRATr & WHITNEY (UTC) CT 24
USNAVALSUBMAIUNEBASB CT 19
M100LETOWN IC CT 17
SISCREC.PRESTON ~•.CT 16
TUNNEL II CT 16
TORIUNGTON TERMINAL II CT 6
IeRANKLJNDRIYE 10 CT IS
NORWICH JET CT IS
BRISTOL REFUSE CT 13
LISBON RESOURCE RECOVERY cr 13
AGGREGATE UNITS <10 MW CT 90

NGRWALKHARBOR2 NOR ISO
NORWALK HARBOR I NOR 162
WATERSIDE POWER NOR 70
COSCOI3IO NOR 19
COSCOBI2 NOR II
COSCOBII NOR II
NORWALKHARIOORIO(3) NOR 12
AGGREGATE UNITS <10MW NOR 3

BRIDGEPORTENERGY I SWCT 448
BRIDGEPORT HARBOR 3 SWCT 372
MILFORD POWER 2 SWCT 253
MILFORD POWER I SWCT 239
BR3DGBPORTHARBOR2 SWCT 130
BRIDGEPORT RESCO SWCT 59
PPL WALLINGFORD UNiTS SWCT 44
PPL WALLINGPORD UNIT I SWCT 44
PPL WALLINGPORD UNIT 4 SWCT 43
PPL WALLINGFORD UNIT S SWCT 43
SHEPAUG SWCT 42
PPL WALLINGFORD UNITS SWCT 41
DEVON 13 SWCT 31
DEVON 4 SWCT 30
DEVON II SWCT 30
ROCKY RIVER SWCT 29
DEVON 12 SWCT 29
STEVENSON SWCT 21
BRANPORD 10 SWCT 16
DEVON II SWCT 14
AGGREGATE UNITS <10 MW SWCT 33

Totnl 6,999

Sourcer CRLF file 5007.eeII_uprendsheelu.xls.°
See ItIIp:/fwww.ioo•ne.cotnhIr~nu/celIfreporIñutlmchtrnI.

(
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V. GENERATING UNIT RETIREMENTS

Only one unit that is included in Table G.2 is assumed to retire: New Boston 1, a 350 MW unit in

the NEMAS S/Boston zone.2 Coal units are assumed to have indefinite life, and nuclear units are

assumed to receive 40-year NRC license extensions, which makes all nuclear units operable

through 2030. Other units are assumed to stay online, based on the preliminary screening

analysis described in Appendix A,

VI. PLANNED UNIT ADDITIONS AND UPGRADES

1,107 MW of planned unit additions and upgrades that are recently completed, currently under

construction, or under contract are assumed to come online by 2011, as summarized in Figure

GA. In addition, 279 MW of combustion turbines are assumed to be added to meet the local

forward reserve requirement in Connecticut, as described in Appendix A.

Figure G,4: ISO-NE Planned Generating Unit Additions and Expansions by 2011

Summer Winter
Unit Name Unit Type Zone Capacity Capacity Fuel Name

(MW) (MW)

UNIT ADDITIONS
Waterbury New CT South Western CT Zone 80 96 Natural Gas
Kleen Energy New CC Rest of CT Zone 560 620 Natural Gas
Wallingford/Pierce New CT South Western CT Zone 100 100 Natural Gas
DG Capital Grant Projects New CT CT Zones 96 96 Natural Gas
Renewable Energy Contracts ST South Western CT Zone 75 75 Biomass
Renewable Energy Contracts ST Rest of CT Zone 75 75 Biomass

UNIT EXPANSIONS
Cos Cob Expansion GT Norwalk- Stamford Zone 40 40 F02
Millstone Point 3 NU Rest of CT Zone 81 81 Uranium

Connecticut Total 1,107 1,183

The DG Capital Grant projects are small (<70 MW) projects estimated by the Companies.3 All

DG Capital Grant projects are derated by a 50% attrition rate to account for the rislc that some

2 Based on New Boston’s permanent de-list bid submitted to ISO-NB in 2007.
~ Based on a list of these projects as of 8/24/07.
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projects may not come online as expected. In addition to the 96 MW included on the supply side

(as shown in Figure G.4) 34 MW of the DG Capital Grant projects are implemented as load

reductions.. The supply-side units are combined into aggregate units by zone for simplicity. The

Renewable Energy Contracts units refer to the 150 MW of renewable energy contracts the

Companies are required to sign by state law, and are also implemented in the model as aggregate

units by zone.

VII. FUTURE UNPLANNED CAPACITY

The future capacity that is added to the model depends on the resource solutions being evaluated:

• In the Conventional Gas resource solution, only gas-fired CCs and CTs are added;

• In the Nuclear resource solution a 1,200 MW nuclear unit is added at the Millstone

station; although it is meant to represent any brownfield nuclear site in New England.

This unit, named “Mill~tone 4,” is installed as of January 1, 2015, is assigned the unit

characteristics of Millstone 3, with the exception of a heat rate lowered to reflect an

assumed “learning curve;”

• The Coal resource solution is not simulated separately; it is evaluated by making (
• adjustments to the Nuclear resource solution simulation results; and

• In the DSM-Focus resource solution, additional DSM is added to the already aggressive

amount of DSM assumed in all of the resource solutions. DSM is modeled as demand

reductions, the additional amount being ±160 MW! 370 GWh in 2011, +320 MW ! 1000

GWh by. 2013, +600 MW / 2600 GWh in 2018, and with no further growth as a

percentage of load by 2030, as described in Appendix D.

Apart from the candidate resources described above, additional unplanned gas-fired CCs and

CTs are added with each “resource solution” as needed to meet any resource gap relative to the

ISO-NE installed capacity requirement.4 (The resource gap varies by scenario, as summarized in

Tables 2.2 and 2.3 in the main report). Unpiarmed new capacity is added to the model in 300

MW increments, and the technology and location are selected based on economics, i.e., with the

~‘ No capacity was added specifically to satisf~’ the Connecticut local sourcing requirement because no
additional resources were needed in any scenario, as shown in Table 2,3.
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lowest all-in cost net of energy revenues, The selection of locations accounts for locational

differences in construction costs, as discussed in Appendix C. For simplicity, all future

unplanned units are added to major 345 kV substations and are given generic unit characteristics

by unit type as shown in Figure G.5.5

Total unplanned new capacity amounts by type for each scenario/resource solution combination

are summarized in Figure G.6.

Figure G.5: Unplanned Generating Unit Characteristics by Unit Type

Must Must Planned
Commit Run Outage Voriable

Unit Type I I Rate Heat Rate O&M NOx Rate SOx Rate C02 Rate
(%) (Btu/kWh) ($/MWh) (Lbs/MMBtu) (Lbs/MMBtu) (Lbs/MMBtu)

New CC 0 0 4,1% 7,000 2.5 0,020 0.001 116
New CT 0 0 9.1% 10,200 5 0.020 0.001 116
Nu~1ear 0 I 1,4% 10,207 1.8 0 0 0

All costs and prices have been converted to real 2008 dollars using a 2.3% inflation rate, unless otherwise
noted. This inflation rate is based on forecasted Consumer Price Index in Blue Chip Economic Indicators,
Long-Range Consensus U.S. Economic Projections, March 10, 2007.
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Figure .G.6; Unplanned New Capacity by Unit Type and Scenario/Resource Solution
Combination

Cro.~ Con gIbe Unplnnnnd .O.nerlo Cn~rn.0y A,I,Ind (MOO) TohoIn toy YnnO (MW)’
. - 2011 2035 2018 2030 20)1 2010 2018 2030

.31CC NOT 8n.olo,d 0CC NOT 8n..loool 93CC NOT 8n.olood NCC NOT Ioonnlond

TOTALI8O
CoononI Troncl. 50010910

ConvonOonnl - - - - - 3,300 - 5,700 000 - 1,500 7,200
05M4°ooo. - - - - , . 900 . . 5,700 606 - ‘ 900 6,300
Noolonr . - - . - 750 - 3,200 5,400 600 3,200 . . 3,500 7,200

, Strict Cllo3nlO Srcn,rio
Convcvtioool ‘ - , - - - - 1,200 - 5,700 909 ‘ - 1,200 6,600
DOM-Forn - - , - - 300 - - 5,100 600 , - - - 300 5,700
Noolcor - - - - - - 3,200 4,800 .000 3,200 - ‘ , - 1,200 0,600

High FocI/OroorhSrooccrio
Convonliono) - - 600 - - 5,000 600 - 7,800 3,500 - - 600 3.600 9,300
0S3o4-Fnco. . - - 300 . - 2,400 500 ‘ 6,900 1,500 - 300 2,500 8,400,
Nccclo.r - - . - 2,400 . 1,200 0,000 3,500 1,200 . - 3,600 9,360

Low Otto,, ‘0w,~rin
Covvcootiooct 300 - ‘ - 1,500 - - 2,900 690 . 9,000 3,500 - 360 3,500 4,500 10,500
DSlv1-1°oco. - 1,209 - - 5,300 600 - .8,100 3,309 -- . 1,200 , 5,900 . 9,600
Noolwr .‘~‘ - - - - 2,100’ 600 1,209 7,800 1,590 .200 - - 4,502 0,500

CONNECTICUT
Cuorrol ‘frond, Soonnrio

Con~ontlon,I . - - - - - 300 - - 2,369 600 ‘ ‘ . 300 2,700
DOM-Poon. . - - - - . - . - 2,160 306 - - - - 2,400
Noluw , . - . - - - 3,206 ~,I60 500 3,200 - - 3,200 3,600

06301 Clionet, Sc,nnnio
Convnotiorn,l . - . . - 300 - - 3,195 360 - . - 306 2,409
DsM-Foooo. .. . . - - . - , 2,100 560 - - - 2,400
Noolore - . - - - - - - 3,206 3,800 509 1,200 - - 3,300 7,300

1-11gb FuollOrooth Oronotlo
• Cunvootion,1 - .- - - - - .500 306 - 3,090 699 - . - 1,8)0 3,600
DSM-Foou. - - - - - 9030 - 2,799 600 - - -- 000 3,300
34,,,, . - . - -- 906 - 3,200 2,700 600 3,200 - - 2,100 4.300

Low Sir,,, 0n~v.rio
Couvootlorol - - . 700 ‘ . 1,006 590 . - 3,309 606 ,. . 500 2,100 . 5,900
DSM-Poou. ‘ . - . 390 - - 3,606 300 - 3,500 600 ‘ - - ‘300 2,100 3,900
Nuolnor . - - - - , - 3,299 500 1,200 3,000 600 1,290 - - 2,700 4,800

VIII. GENERATING UNIT AVAILABILITY (
a. Forecasted Maintenance Outages

Maintenance outages for each generating unit are forecasted within the DAYZER model based

o.n load input, the assumed planned outage rate and duration for that unit, and a seasonal

maintenance outage pattern. Maintenance outage rates are based on ISO-NE’s recommended

maintenance allotments by unit type,6 as summarized in Figure 0.8. The resulting maintenance

outage schedules for all units are summarized in Figure 0.7 below, along with the forecasted

forced outage schedules. As Figure 0.7 shows, the maintenance outages are properly

concentrated ‘in the Spring and Fall when load is the lowest, and gaps in the maintenance outage

curve indicate days in which no maintenance outages occur.

6 Iso New England Recommended F~M Maintenance Allotments, 12/07/2007 Draft; Table 2. . ‘ ( \,
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b. Random Forced Outages

Forced outages are randomly selected by the model based on the specified forced outage rate and

duration for each unit. Forced outage rates are based on the 2006 PJM State of the Market

Report outage rates by unit type.7 The panels in Figure G.7 show forecasted total ISO

maintenance and forced outages assumed in each study year. Importantly, outage schedules are

held constant across all resource solutions and scenarios within each study year.

Generic unplanned units are not given a forced outage schedule, These units are instead derated

by their forced outage rates.

Figure G,7: Forecasted Total Maintenance and Forced Outages by Study Year
2011 —Forecast Moiotoorncc 2013 —Forecast Molotconiroc

7000 Porcoast Fore —Forecast Foroed

6.~ 6,~0 - - - —

~i~[

7,000

~6,000

5,050

4,000

2,000

2,000

000

a a a a a a a a a a
S

Dray

—Forecast Mointerrooco

‘~ PJM Slate of the Market Report, PJM Market Monitoring Unit, Volume II, Section 5 — Capacity Markets,,

March 8, 2007, at Table 5-16, p. 232. See http://www.pjm.com/markets/market-monitor/som.htrnl.
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Figure G.8: Outage Rates and Durations by Unit Type

Final P0 Final FO
• Unit Type Final, POR Final FOR Duration Duration

~ = (%) (%) (Days) (Days)

CC 5.6% 4,1% 13 1
GEO n/a n/a 7 n/a
UT 4.6% 9.1% 12 4
GT+ 4.6% .9,1% 13 2
Ilydro n/s n/s n/a n/a
NCC 9.6% 4.1% 13
NOT 4.6% 9.1% 13 2
NU 6.5% 1.4% 24 9
PS n/a h/a n/a n/a
PUR n/a n/s n/a n/a
SOL n/a n/a n/a I
STe-f 9.1% 8.2% 21 2
STcI0O 9.1% 8.2% 20 2
STo200 9,1% 8,2% 18 2
STg-f 8,2% 8.2% 24 2
STg100 8.2% 8.2% 20 3
STgZOO 8.2% 8,2% 24 3
STo+ 8.2% 8,2% 25 2
STo100 8.2% 8.2% 30 3
STo200 8.2% 8.2% 27 2
STr 8.2% 8,2% 14 7

• WND n/a n/a n/a

IX. UNIT CHARACTERISTICS (
a. Dual-Fuel Units

Dual-fuel capability of steam units and combustion tUrbines is consistent with the ISO’s 2007

CELT report. Dual-fuel steam units are set to burn F06 in the winter (it is cheaper than natural

gas i-n the ‘winter) and are allowed to switch to gas in the summer (April through October) if gas

price is Jess than the oil price including a 3% switchir~g cost.8 Dual-fuel ~ombustion turbines

with gas as the primary fuel and Distillate Fuel Oil (FO2) as the secondary fuel are allowed to

switch to F02- in January if the oil price is less than the gas price net of an assumed 5%

switching cost. F02-flred units with natural gas capability are allowed to ~witch to gas year-

round due to the ‘consistently lower price of projected natural gas prices. Figure G.9 summarizes

all dual-fuel units by unit type,

8 Dual-fuel steam units with gas listed as the primary fuel are allowed to switch to F06 year-round, but only
Kendall Steam is in this group.’ - - (
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b. Steam Unit Characteristics

Due to the sensitivity of the market to steam oil-fired unit flexibility and startup costs these

characteristics have been more finely tuned based on historic generation patterns found in the

EPA CEMS database,9 Minimum uptime, minimum downtime, and startup energy for all steam

oil-fired units are summarized in Figure 0.10.

c. Other Unit Characteristics

All other units have assumed generic unit characteristics by unit type. These are summarized in

Figure G.11 below.

~ CEMS data compiled by Global Energy Decision, Inc., The Velocity Suite.

0-Il
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Figure G.9: Dual-Fuel Units by Unit Type

(.

* STONY BROOK GTIC P02 NO West Cesstral MA Zone MA 104
* STONY BROOK GTIB F02 NO West Central MA Zone MA 100
* STONY BROOK OTIA F02 NO West Central MA Zone MA t04

*Allowed to use alternate feel year-round.

G-12

Prisns[y Alt~rnste Sammer
Unit Name Fuel Fuel Zone State Capacity

. (MW)

DUAL-FUEL STEAM OIL UNtTS
NEW HAVEN HARBOR 706 NO Rest of CT Zonô CT 461
BRAYTON PT 4 F06 NO South Eastern MA Zone MA 435
MYSTIC 7 P06 NO NE MA Boston Zone MA .555
NBWINOTON I F06 NO New Hampshire Zone NH 400
MIDDLETOWN 3 P06 NO Rest of CT Zone CT 236
CANAL 2 F06 NO Sosth Eastern MA Zone MA 553
HOLYOKE 8/CABOT 8 FO6 NO West Central MA Zone MA 9
HOLYOKE 6/CABOT 6 P06 NO West Central MA Zone MA 9
MONTVILLE5 FO6 NO RestofCTZone CT 81
WEST SPRINGFIELD 3 FO6 NO West Central MA Zone MA 101
MIDDLETOWN2 P06 NO RestofCTZone ‘ CT 117

* KENDALL STEAM 1 23 NO FO6 NE MA Boston Zone MA 60

DUAL-FUEL GT UNITS
DEVON 11 NO FO2 South Western CT Zone CT 30
DEVON 13 NO FO2 South Western CT Zone CT 33
DEVON 12 NO FO2 South Western CTZone CT 30
DEVON 14 NO F02 South WesternCT Zone CT 3,0

~ IPSWICH 102 FO2 NO NE MA Boston Zone MA 1
* WATERS RIVERJBT 2 F02 NO NE MA Boston Zone MA 30
~ WATERS RIVER JET I P02 NO NE MA Boston Zone MA 14
~ SCHILLERCT I F02 NO New Hampshire Zone NH 17

DUAL-FUEL COMBINED CYCLE UNITES
: NEABELLINOHAM NO FO2 SoulliEsstern’MAZoae MA 265

CDECCA NO P02 ReatofCTZone CT 51
DARTMOUTH POWER NO P02 South Eastern MA Zone MA 62

‘ MANCHESTER lO/1OACC NO P02 RhodelslandZose RI 141
MANCHESTER I 1/11ACC NO FO2 Rlsode Island Zoise RI 142
MANCHESTER 9/9A CC NO P02 Rhode Island Zone RI 142
ALTRESCO (pittsfield) NO F02 ‘West Central’MA Zone MA 141
MASS POWER NO P02 West Central MA Zsne MA 232
NEWINOTON ENERGY NO F02 New Hasnpslsire Zone NH 508

000847



Figure G.1O: Steam Oil Unit Characteristics

Minimum
Seminar Down Minimum Startup

Unit Name Zone State Capsoity Thne Up Time Energy
(MW) (Hours) (I-Tours) (MMBIu)

STEAM OIL UNITS
YARMOUTH4 MoineZone ME 609 8 11 10
NEWHAVENHARBOR Restof~TZone CT 461 8 16 10
BRAYTON PT 4 South Eastern MA Zone MA 435 8 18 10
SALEMHARBOR4 NEMABoatonZoae MA 380 8 18 10
MYSTIC7 NEMABostonZone MA 555 8 22 [0
MONTVILLE6 ReslofCTZone cr 407 8 22 10
NEWINGTON 1 New Hampshire Zone NH 400 7 8 10
MIDDLETOWN4 Rest ofCTZose CT 400 8 24 10
M1DDLETOWN3 RestofCTZose CT 236 8 24 10
CANAL 2 South Eastern MA Zsne MA 553 8 24 10
CANAL 1 South Eastern MA Zone MA 254 8 24 10
HOLYOKE8/CABOT8 WestCentralMAZotte MA 9 6 10 10
HOLYOKE6/CAI3OT6 WcstCcstralMAZone MA 9 6 10 10
KENDALLSTEAM 123 NEMABostonZone MA 60 6 10 10
MONTVILLE5 Rest of CT Zone CT 81 6 10 10
YARMOUTH I Maine Zone ME 52 6 10 10
YARMOUTH 2 Maine Zone ME 52 6 10 10
CLEARY 8 South Eestern MA Zone MA 26 6 10 10
WEST SPR1NOFIELD3 West Centrsl MAZose MA 101 6 10 [0
YARMOUTH 3 Maine Zose ME 117 6 10 10
BRIDGE4PORTHARBOR2 South WesternCTZone CT 130 6 15 10
MIDDLETOWN2 ReslofCTZone CT 117 6 20 10
NORWALK HARBOR 1 Norwalk- StamfordZose CT 162 6 24 10
NORWALKHARBOR2 Norwalk-StsmfordZone CT 168 6 24 10

Figure G.11: Unit Characteristics by Unit Type

G-13

Minheuni Mieiurnrn Slomop F0 P0 Spinning Quicketarl AOC Ramp Vnrinbte Fined
Unit T00o Downtime Uptime Energy FOR Duration FOR Duration Reserve Renorve Reserve Romp Up Down O&M O&M

OIee~t loom) 9e<nmmwo ntt (Ce>.) (0) (Cm’) 10) (0) 0) (010<) (l000e) (SloW>) (50W-Ye)

Cembined ~yclr 7 8 7 484 I 6% 13 20% 0% 10% 75% t00°,6 2.5 21
14cm Cembinod Cycle 7 8 7 4% I 6% 13 20% 0% 10% 75% 09% 2,5 t5
ComboeiooTorbioo I I 0 9% 4 5% 12 0% 00% 0% 100% 00% 7 15
Combnalirs Turbine >tOO MW t I 0 9% 2 5% 13 0% tOO% 0% 100% 00% 7 15
Now Cambeation Tnrbine I I 0 9% 2 5% 3 0% 100% 0% 100% 00% 5 5
Sterno Tnrbioo ICostI <too MW 6 s IS 0% 2 9% 20 10% 0% 0% 30% 100% 3 45
Sterna Torbion [CecIl <200MW 7 0 15 0% 2 9% 8 10% O% 0% 25% 50% 3 35
Stoner Turbine [Cmli >200MW 12 24 IS 0% 2 9% 21 0% 0% 0% 5% 30% I 35
SlernuTurhion lOosI <100 MW 6 tO tO 8% 3 8% 20 10% 0% 10% 05% 100% 5 34
Sterno Turbine tOed <200 MW 6 16 10 8% 3 8% 24 tO% 0% 10% 35% 100% 4 30
Sterna Turbino [Gss] 0200MW 0 24 tO 8% 2~ 0% 24 10% 0% 0% 5% 00% 3 30
Slernn Turbine [001 <tOO MW 6 to to 8% 3 8% 30 10% 0% 10% 75% 00% 5 34
Steam Turbine [Dill <200 MW 6 t6 tO 0% 2 0% 27 0% 0% 0% 35% 00% 4 30
Steam Torbino jOlt] >200 MW a 24 tO 8% 2 ~% 25 0% 0% 0% 15% 00% 3 50
Nooleer 63 164 0 1% 9 6% 24 0% 0% 0% 0% 20% 0 0
~ri>(d 1 I 0 70% I 0% 0 0% 0% 0% 00% 00% 0 0
Hydro 0 0 0 0% 0 0% 0 25% 0% 0% 50% 50% 0 0
Ps 0 0 0 0% 0 0% 0 0% 0% 0% 0% 0% 0 0
Steam Turbine [Refase] 6 tO 0 0% 7 0% 14 10% 0% 0% tOOe/e 00% 0 0
Oentbermnl Unita I I 0 1% 0 3% 7 0% 0% 0% 100% 00% 0 0
501cr t I 0 80% I 0% 0 0% 0% 0% 100% 100% 0 0
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X. EMIssioNs RATES AND PRICES

a. Current Trends Scenario

CO2 emission allowance prices correspond to the Regional Greenhouse Gas Initiative (RGGI)

through 2013 and federal legislation thereafter, as described in Appendix F. RGGI CO2

allowance prices in 2011 and 2013 are based on the January, 2007 Maryland RGGI study

(Maryland Study),’° which projects CO2 emission allowance prices for years 2010, 2015, 2020,

and 2025. The 2011 and 2013 simulation prices are based on the Maryland Study projected 2010

prices, grown at the projected 2010-2015 annual growth rate,

CO2 emissions prices in the study years 2018 and 2030 are based on the proposed 2007

Bingaman Bill Safety Valve.’1 This bill assumes a nominal safety valve price of $12 in 2012,

escalating in real terms at 5% per year. For further discussion of assumptions related to this bill

and other CO2 reduction policies please see Appendix F.

NO~ and SO,~ emissions allowance prices for all study years are based on the Energy Information

Administration’s (ETA) most recent reference case forecast.’2 Figure G.12 summarizes the NO~,

SO,~, and CO2 allowance prices assumed in each study year.

10 Economic and Energy Impacts from Maryland~s Potential Participation in the Regional Greenhouse Gas

Initiative, Maryland Department of the Environment, January 2007.
~‘ Low Carbon Economy Act of2007, Page 16.
12 2007 Annual Energy Outlook, Energy Information Administration, Reference Case Files. (
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Figure G.12: Emissions Allowance Prices in Current Trends Scenario
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Emission rates in 2011 and 2013 assume (1) unit-specific emissions rates for the “Sooty Six”

plants based on EPA CEMS data,’3 (2) average NO~ and SO>~ rates by fuel type for all other

fossil fuel-burning plants greater than 25 MW, and (3) average CO2 rates by fuel type for all

other units subject to RGGI.’4 Some generating units in Connecticut must submit two SO2

allowances for each ton emitted under Connecticut law. This is implemented by increasing SO~

VOM by the additional SO> cost for all units in CT>25 MW to reflect the additional SO2 cost. In

2018 and 2030, the list of C02-monitored units under federal legislation includes all fossil-fuel-

burning units greater than 25 MW. Figures G. 13 and G.l4 show the assumed unit-specific NON,

SO>~, and CO2 emissions rates for the “Sooty Six” plants, and the generic emissions rates used for

all other plants, respectively.

13 Sooty Six units include Bridgeport Harbor 2 & 3, Devon 7 & 8 (retired), Middletown 2-4, New Haven
Harbor, Norwalk Harbor I & 2, Middletown 2 & 3 and Montville 5 & 6. Emissions rates are averages of
reported CEMS rates in 2006. Rates for Middletown 2 & 3 and Montville 5 have been set to the average
Sooty Six levels for the unit types due to poor data quality, Unit-specific rates for Montville 6 are not
captured in this analysis, so generic rates are applied.

14 Average CO2 rates are calculated based on EPA carbon content coefficients, See

http://www.epa.gov/climatechange/emissions/downloads/2007oHcjpastFacts,pdf, Units subject to ROOT
are based on a draft list published by ROOT at http://www.rggi.org/draftlists.htm; however, there is no
definitive list of RGGI affected units. The original state budgets were based on a preliminary list, and the
criteria for plant selection remain somewhat ambiguous. The criteria refer to original “nameplate”
capacity ratings, which can be different than more recent capacity measures. It also applies to units that
use more than 50% fossil fuel, which may vary over time.

G-15
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Figure G.13: Assumed Emissions Rates for Sooty Six Units

. Assumed Emissions Rate
Unit Name (Lbs/MMBtu)

C02 SOx NOx

BRIDGEPORT HARBOR 2 162 0.272 0.302
BRIDGEPORTHARBOR3 205 0.181 0.136
DEVON 7* N/A N/A N/A
DEVON 8* N/A N/A N/A
MIDDLETOWN 2 162 0.276 0.17 1
MIDDLETOWN 3 162 0.276 0.171
MIDDLETOWN4 162 0.275 0.149
MONTVILLE 5 162 0.276 0.171
MONTVILL,E6** N/A N/A N/A
NEW HAVEN HARBOR 162 0.257 0.134
NORWALK HARBOR 1 162 0292 0.142
NORWALK HARBOR 2 162 0,286 0.129

Average 167 0.266 0.167

*Dovon7 & 8 are retired.
**Generic rates are applied.

(N

Figure G.14: Assumed Emissions Rates for All Other Units (
Fuel :C02 Emissions from NOx Emissiong from SOx Emissions from

Category Combustion Combustion Combustion
(Lbs C02/MMBIu) (Lbs NOx/MMBIu) (Lbs SOx/MMBtu)

NO 115,8 0.020 0.001
F02 159,7 0.040 0.060
F06 172,0 0.200 0800
Coal 204.0 0.300 1.200

b. Strict Climate Scenario

The Strict Climate scenario assumes strict Federal legislation on CO2 emissions to be in effect by

Ihe 2013 study year, so 2011 monitored units and emissions prices are identical to the Current

Trends scenario. In 2013, the C02-monitored UflitS under Federal legislation includes all fossil-

fuel-burning (and refuse-burning) units greater than 25 MW, as in. Current Trends 2018 and 2030

study years. Emissions rates are the same as the Current Trends scenario during, the period in

which Federal legislation is assumed to be in effect. V

G-16

000851



CO2 emissions allowance prices under Strict Climate Federal legislation (study years 2013, 2018,

and 2030) are based on the EIA assessment of S.280, the Lieberman Climate Stewardship and

Innovation Act of 2007 (EIA S,280), The EJA S.280 CO2 prices are doubled to account for

offset sensitivity.’5

c. High Fuel/Growth Scenario

The I-ugh Fuel/Growth scenario assumes all emissions rates, and 2011 and 2013 emissions

allowance prices are unchanged from the Current Trends scenario. 2018 & 2030 CO2 emission

allowance prices are assumed to be 30% higher than in the Reference Case. NO~ and SO~

emissions allowance prices are unchanged from the Current Trends scenario.

d. Low Stress Scenario

All emissions rates and prices are unchanged from Current Trends scenario.

XI. FUEL PRICES

a. Natural Gas

2011 Henry Hub natural gas prices are from NYMEX Henry Hub Futures as of 9/27/2007,16 with

prices available October 2007 through December 2012. 2013, 2018, and 2030 Henry Hub

natural gas prices are derived using the previous year’s average price, adjusted with a monthly

multiplier to reflect seasonal variation, then grown using the annual ETA growth rate. 17 Monthly

multipliers are calculated by using the NYMEX 2010 monthly/annual average price, removing

the trend to leave only a seasonal pattern. Figure G. 15 shows assumed monthly Henry Hub

natural gas prices through 2030.

15 The EJA analysis found that CO2 prices were very sensitive to the amount of offsets allowed, and that under
the same bill but without any offsets, the price would approximately triple.

16 NYMEX futures prices as of September 27th, 2007: http://www.nymex.com/media/092707.pdf.
17 2007 Annual Energy Outlook, Energy Information Administration, Table 11: Energy prices by Sector and

Source (New England).
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Figure G.15: Monthly Henry Hub Natural Gas Prices through 2030 in the Current Trends

Scenario

(
Future basis differentials from Henry Hub are based on historical average monthly basis

differentials from 2003, 2004, and 2006,18 Algonquin prices are used for Southern New England

(CT, RI, MA), and Dracut prices (price of Canadian gas flowing south) are used for Northern

New England (NH, VT, ME).’9 The average Algonquin winter differential is ~$l,70/MMBtu;

summer is ~$.50/MMBtu; and the Algonquin annual average is $1 .00/MMBtu, with Dracut at

about 20 cents below Algonquin. Figure G. 16 shows the assumed natural gas basis differentials

used in all scenarios and study years.

~ 2005 is excluded due to an unusually cold October.
~ Monthly averages of Spot Prices for Henry Hub, Algonquin City gate and Dracut are from Platts Gas Daily.

See www.platts.com.
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Max: $8.77/MMBtu
Mm: $6.13/MMBtu

Henry Hub Price

2

000853



Figure G.16: Assumed Natural Gas Basis Differentials in All Scenarios and Study Years

4.0 ~

3.5

3.0

2,5

2.0

1.5

1.0

0.5 -

0.0 -

‘Jan

ar

—I

CT/RI/MA NH/VT/ME/NB

b. Distillate and Residual Fuel Oil

2011 Residual Fuel Oil (P06) prices are based on NYMEX Crude Oil futures as of 9/27/2007,

with prices available from October 2007 through December 2012. After 2012, F06 prices are

based on EIA daily historic (June 2, 1986-Sep 27, 2007) Crude Oil and Residual Fuel Oil spot

prices.20 A relationship between the historic Crude Oil prices and P06 prices was determined

using a simple linear regression, and F06 prices are then predicted through 2030 based on this

relationship, 2013, 2018, and 2030 FO6 prices use these predicted prices, grown at the annual

ETA predicted growth rate.21

Distillate Fuel Oil (P02) prices for all years are based on NYMEX Heating Oil futures as of

9/27/2007, with prices available from October 2007 through September 2010. All prices are then

20 ETA: Petroleum Navigator: Spot Prices: Downloaded from the ETA Website:

http://tonto,eiadoe,gov/dnav/pet/xls/pet pri spt sl d,xls.
21 2007 Annual Energy Outlook, Energy Information Administration, Table 11: Energy prices by Sector and

Source (New England).
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grown at the annualBIA predicted growth rate,22 Figure G.17 shows the assumed F06 and F02

prices through 2030 in the Current Trends Scenario.

Figure G.17: 2008-2030 Assumed F02 and F06 Prices in the Current Trends Scenario

I8
Period Average: $12,64/MMBtu
Max: $16.85lMIVlEtu
Mm : S9,83/MMBtu

~

Max S9.6~ZlMMfltu
Mm $6JIIMMIItu

- lejIll., II,

~ a a a a a a a a a a ~q a a ~ a
0 0 0 0 0 0 0 0 0 0 0 0 0 0 0 0 0 0 0 0 0 0 0’
N N -N N -N N N N N N N N N N N N N N N -N N N N

c. Coal

2011 and 2013 delivered coal prices are unit-specific and are compiled by CBS based on historic

values. 20 1~8 and 2030 prices for coal and “other” fuel use the ~CES-estimated 2015 nominal

values. Figure -G.18 summarizes delivered coal prices by unit for each of the study years.

22 2007 Annual Energy Outlook, Energy Information Administration, Table 11: Energy prices by Sector and

Source (New England).
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Figure G.18: Assumed Delivered Coal Prices in All Scenarios and Study Years

Summer Average Price (2008 $/MMBtu)
Capacity

Unit Name Zone State (MW) 2011 2013 2018 2030
ABS THAMES. RestofCTZone. CT 181 $3~13 $2.99 $2.87 $2.87
BRAYTON PT I South Eastern MA Zone MA 243 $3.01 $2.88 $2.76 $2.76
BRA’YTOM PT 2 South Eastern MA Zone MA 222 $3 01 ~$2 88 52 76 $276
BRAYTON PT 3 South Eastern MA Zone MA 612 $3.01 $2.88 $2.76 $2.76
I3IUDGIIPORT HARBOR 3 Sooth We~tetn CT Zone CT 372 $3 13 $2 99 .$2 87 $2 87
MEAD Maine Zone ME 75 $3.01 $2.88 $276 $2.76
IV1IIRRIMACK r l4evh~pt1ilre’Ztine NH 112,5 $2.82 $2.70 $2,~9 $2.59

MERRIMACK 2 New I-Iampshire Zone NI-I 320 $2.82 $2.70 $2.59 $2.59
MT TOM West Central MA Zone MA 145 $3.0~ $296 $2.84 $2.84
SALEM HARBOR I NE MA Boston Zone MA 82 $327 $3.13 $3.00 $3.00
SALEMI-IARBOR2 NBA stoi~aae MA 80 $327 $3.13 $3.00 $3.00
SALEM FIARBOR 3 NEMA Boston Zone MA 149 $3.27 $3.13 $3.00 $3.00
SCEILLER4 New Hampshire Zone NH 475 $282 $270 $259 $259
SCHILLER5* NewHampshireZone NH 47 $2.82 $2.70 $2.59 $2.59
$C~HLLEP. 6 Ne~ Hatnpthire ZOne NI-i 47 $2 82 $2 70 $2 59~ $2 59
SOMERSET V Maine Zone ME 10 $3.01 $2.88 $2.76 $2.76
SOMEI’SSET 6 SouthEastern MA Zone MA 105 $3 ~1 - $297 $2.85 $285

Total 2850
*Sohjller 5 has been converted to wood, which is not captured in the model.

XII. DEMAND-SIDE MANAGEMENT (DSM)23

All Connecticut demand response programs have •been forecasted through 2018 by the

Companies.24 The Companies have provided calendar-year estimates of DSM programs by

company, including 2007-2018 energy and peak reduction values for energy efficiency (EE) and

2007-2018 peak reduction values for demand response (DR). After 2018, DSM-induced load

reductions are assumed to remain constant as a percentage of load. Data are adjusted to mid-year

values using a 33% half-year factor.25 The data are at-meter estimates so all DSM values are

grossed up by 8% for transmission and distribution losses before being deducted from the energy

needed to meet load. For capacity planning purposes, load reductions that are counted as supply

23 Here, “demand-side management” refers to both energy conservation and demand response. “Energy

efficiency” in this appendix refers only to the energy conservation element of DSM,
24 See “CT DSM Sum Ver 7_CLP UI Rev-with Stata input database_ 31 Oct 07 HEAVY and BASE

CASE.xls,” The Client provided an updated version as of November 1, 2007 which could not be
implemented due to schedule requirements.

25 Mid-year estimates are calculated as 2/3*(preceding year BOY estimates) + 1/3*(current year’s BOY

estimates).
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are grossed up by an additional 16.6% to account for the associated reduction in required

reserves.2~,

The companies have forecasted a “Reference” level of DSM which is used in the Cdnventional,

Nuclear, and Coal resource solutions, and a “Heavy” level of DSM which is used in the DSM

Focus rcsource solution. Since there are detailed data on DSM plans only for Connecticut, Base

.DSM programs a~re extrapolated to the rest of New England (RONE) assuming half as much

growth in DSM per mçgawatt of total. load. In the DSM-Focus resource solution RONE is

assumed to continue with Base DSM, while Connecticut implements Heavy D SM. Once the

Connecticut and RONE DSM values are determined, the data are split into DAYZER subzones

.by share of summer peak reference case forecast gross load. ,

DSM in the Current trends scenario is assumed to be achieve the load reductions. shown in

Tables .2,2 and 2.3 and described in Appendix 0, and this effectiveness is reduced, in other

scenarios in ,whibh elevated prices induce a “natural” reduction in load, leaving a smaller

incremental effect of OSM. . , .‘

XIII. GROSS AND NET LOAD27 ‘ .

All DSM is implemented in, DAYZER via load adjustments from the “gross” load forecast,.

producing a “net” load. Gross and net load implementation is described below for each scenario.

The methodology of determining ,the gross and net load levels is described in more detail in

Appendix B.

a. Current Trends Scenario

Load in the Current Trends scenario is based on the ISO-NE weather-normalized 2008-2016

‘hourly subzonai forecast shown in ‘the C’ELT report (C’ELT Load Forecast),28 extrapolated to the

2018 and 2030 study years. The 2016 CELT Load Forecast is extrapolated through 2030 by

using the long-term 2015-2016 summer and winter reference case peak load growth rates.

Weekdays in 2017-2030 arc aligned with 20.16 weekdays, and the long-term seasonal growth

26 Also, the data do not include RGGI savings.
~? Net load refers to load net.of DSM program effects,
28 http://www.iso-ne.com/trans/CELT/fsctdetaillindex.html
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rates are applied to the 2016 load forecast. Demand-side Management (DSM) load reductions

are not included, in the PELT Load Forecast, as indicated in the ISO’s Representative ICR

Calculation.29 However, Companies’ estimates of future DSM are ultimately reflected in the

load inputs to the model, the implementation of which is explained at the end of this section.

The ~ELT Load Forecast subzones BOSTON/CMASS, WMASS, and NEMASS do not

correspond directly with DAYZER subzones, so the Massachusetts load data are split into

redefined DAYZER subzones. DAYZER NEMASS/BOSTON and WCMASS zones are derived

from the C’ELT Load Forecast subzones by using the GELT Load Forecast reported demand

shares by zone. The CELT Load Forecast reports that WCMASS is 13.4% of ISO-NE in the

summer and 13.7% of ISO-NE in the winter, and NEMASS/BOSTON is 19.4% of ISO-NE in

the summer and 19.2% of ISO-NE in the winter, Hence, for summer months (April through

October in the model), the total WCMASS/NEMASS/BOSTON subzone share of total ISO is

32.8%. WCMASS is 40.854% of this share, and NEMASS/BOSTON is the remaining 59.146%

of this share. For winter months, the total WCMASS/NEMASS/BOSTON subzone share of total

ISO is 32.9%. WCMASS is 4 1.641% of this share, and NEMASS/BOSTON is the remaining

58.359% of this share, and the load is divided accordingly. Figure G.19 displays the DAYZER

subzones, and overlapping ISO subzones.

Figure G.19: DAYZER and ISO Subzones

DAYZER Subzone State ISO Subzone

Rest of CT Zone CT CT
Norwalk- Stamford Zone CT NOR
South Western CT Zone CT SWCT
NE MA Boston Zone MA BOSTON/CMA-NEMA *

South Eastern MA Zone MA SEMA
West Central MA Zone MA W-MA/CMA-NBMA *

Maine Zone ME ME/S-MB/BHE
New Hampshire Zone NH NH
Rhode Island Zone RI RI
Vermont Zone VT VT

*Load in these ISO subzones is split to correspond with the DAYZER subzones.

29 Agustin, Maria, “Representative Installed Capacity Requirements for RSPO7,” PSPC Meeting No, 233,

Agenda Item 5.0, August 16, 2007, slide 14.
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In its forecast, the ISO-NE projects a long-term declining growth rate, which is consistent with

th,e CT DPUC’s understanding of long-term growth rates.30 Fo~ years beyond 2016 we

extrapolate 2015-2016 growth rates, which are approximately only one percent. Figure G.20

shows 2015 and 2016 peak load by ISO-NE subzone, long-term peak growth rates, and subzone

shares of total ISO non-coincident, peak load.

Figure G.20: Summary of ISO-NE Long-Term Peak Load Forecast and Load Growth
Rates

2015 Peak Load 2016 Peak Load GAGR Growth 2015.2016 Growth 2016 Subzone Shares

Summer Winter Summer Winter Summer Winter Summer Winter Summer Winter
ISO-NE Peak Peak Peak Peak Peak Peak Peak Peak Peak Peak
Subzone (50/50) (50/50) (50/50) (50/50) (50/50) (50/50) (50/50) (50/50) (50/50) (50/50)

(MW) (MW) (MW) (MW)

131-lB 347 331 350 335 16% 14% . 09% 1.2% 1.1% ‘ 1.3%
BOSTON ‘ 6,190 4,912 6,254 ‘ 4,966 1.5% 1.1% 1.0% 1.1% 19.6% 19.4%
CMANEMA 2,075 1,641 2,104 1,658 ‘ 1,3%’ 1,0% 1,4% 1.0% 6.6% 6,5%
CT . 4,092 3,255 4,139 3,284 1.7% 1.1% 1.1% 0.9% 13.0% 12.8%
ME 1,241 1,217 ‘ 1,259 1,232 2.0% 1.4% , 1,5% 1.2% 3.9% 4~8%
NH 2,477 1,968 2,523 ‘2,00.1 ‘ 2,7% 1.5% 1.9% 1,7%. 7.9% 7.8%
NOR ., 1,455 1,124 1,471 1,134 15% 1.1% ... ‘ 1.1% 0.9% 4,6% 4.4%
RI . 2,917 2,063 2,951 2,082 1.8% 1.0% 1.2% .0,9% 9.3% 8,1%
SEMA 3,336 2,595 3,377 2,621 1.6%.. 1.1% . 1.2% 1.0% 10.6% ‘ 10.2%
SME. ‘ 768 660 779 667 1.9% 1.2% 1.4% 1,1% 2,4% 2.6%
SWCT 2,742 2,237 , 2,765 2,258 1.6% 1.5% 0.8% 0.9% 8.7%, 8.8%
VT 1,441 1,342 1,457 1,361 1.8% 1.2% 1,1% 1.4% 4.6% 5.3%
WMA 2,423 2,005 ‘ 2,452 2,023 1,8% 0,9% 1.2% 0.9% 7.7% 7.9%’

Total . V 100.0% 100.0%

RB is’ implemented by (1) reducing the peak load by the BE peak hour reduction (2) reducing

gross load such th,at hours are not reordered in the load duration curve and (3,) making total

reductions consistent with the required BE energy reduction. This is achieved by first reducing’

the peak load by the peak hour reduction, reducing the last hour on the load duration curve by 1

MW, interpolating reductions between these two points on the load duration curve, then

iteratively reducing each hour by .01 MW increments (subject to the max peak hour reduction)

until the required BE energy reduction is met. Figure 0.21 illustrates Reference DSM BE

~ December 5, 2006 Addendum Updated Load Forecast; Connecticut Department of Public Utility Contro
Request for Proposals to Reduce Impact of FMCCs; Docket No. 05-07-14PH02. See
http ://www.connecticut2006rfp.corni’rfp docs.php.
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reductions on 2011 gross load for the SW-CT subzone in the Current Trends Scenario. This

subzone and level of DSM is used as an example to demonstrate load adjustment methodology in

all scenarios, as shown in Figures G.21 through G.28 described in this section, DR is always

implemented by “shaving” the peak load after ER reductions have been implemented: the peak

hour load minus the DR peak hour reduction becomes the max load for the year,3’ Figure G,22

shows the final net load after Reference DSM EE and DR reductions in the Current Trends

Scenario.

Figure G.21: Methodology for Implementing Peak and Energy Adjustments due to
Reference DSM in the Current Trends Scenario: 2011 SW-CT Example

31 This is a simplification that does not account for the shifting of load to other hours,
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Figure G.22: Net Load with Reference DSM in the Current Trends Scenario: 2011 SW-CT

Example

1,000

b. Strict Climate Scenario

The Strict Climate scenario assumes the same, gross load (without DSM effects) as the CELT

Load Forecast, ‘but with load reductions due to response to higher fuel prices, and lowered

effectiveness of DSM efforts due to these load reductions. The full price impact is realized by

2018, and consists of a short-term peak impact of -1,39%, phased in over three years from 2009

through 2011, and an additional long-term impact of-i .04%, phased in over the next seven years

from 2012 through 2018. After 2018 load is assumed to continue at a 1% growth rate. Load

adjustments to the CELT Load Forecast are applied simultaneously with DSM adjustments.

Combined price effect• and EE .peak and energy reductions are implemented as in the Current

Trends Scenario, as are DR reductions. Figure G.23 illustrates the 2011 SW-CT combined EB

G-26

(

3,000

Gross Load
“~Load net of EE

— Load net of EE and DR

2,000

1,500

0 20 40 60

500

0
0 1,000 2,000 3,000 4,000 5,000 6,000 7,000 8,000

Rank Uourly Load Within Y~ar•~0=Highest Load; 8759=Lowest Load)

000861



and fuel price effect peak and energy reductions, and Figure G,24 shows the net load after all

adjustments, including DR.32

Figure G.23: Methodology for Implementing Peak and Energy Adjustments due to
Reference DSM and Fuel Price Effects in the Strict Climate Scenario: 2011 SW-CT
Example

Rank Hourly Load Within Year (0~Highest Load; 8759=Lowest Load)

32 DR implementation in all scenarios is the same: once gross load is determined and fuel price effects and BE
peak and energy reductions are applied, the DR peak shaving is implemented.
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Figure G.24: Net Load with Fuel Price Effect and Reference DSM in the Strict Climate
Scenario: 2011 SW-CT Example

1,500

1,000

500

c. High Fuel/Growth Scenario

Energy in the High Fuel/Growth scenario is assumed to grow at a rate 0.8% higher than in the

Current Trends scenario through 2018 to reflect a high growth environment, then at a long-term

gt~owth rate of approximately 1% through 2030. High fuel prices are assumed to induce a price

impact on this high growth load, consisting of a short-term impact of -3.68% phased-in over 3

years, plus an additional -2.76% tong-run reduction phased-in over the next 7 years. Changes

from the CELT Load Forecast in the underlying gross load, fuel price effects, and EE peak and

energy reductions are implemented simultaneously.

In this scenario, the combined average energy reduction is typically greater than the peak

reduction, and in these cases the hourly reduction in absolute terms is assumed to ramp up on the

load duration curve to meet the required total energy reduction. This implies a relative
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insensitivity during the highest load hours to load reduction forces, and the slope of the ramp In

each subzone has been made proportional to that subzone’s share, of total load to reflect greater

peak insensitivity in smaller subzones. Figure G.25 illustrates the 2011 SW-CT combined

change in gross load, EE, and fuel price effect peak and energy reductions. If the combined

average energy reduction is smaller than the combined average peak reduction then adjustments

are made following the EE adjustment methodology in the Current Trends Scenario, Figure

G.26 shows the net load after all 2011 1-11gb Fuel/Growth Scenario adjustments in SW-CT,

including DR.

Figure G,25: Methodology for Implementing Peak and Energy Adjustments due to
Differences in Gross Load, Reference DSM, and Fuel Price Effects in the High
Fuel/Growth Scenario: 2011 SW-CT Example
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Figure G.26: Net Load with Gross Load Adjustments, Fuel Price Effect, and Reference
DSMin High Fuel/Growth Scenario: 2011 SW-CT Example
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(

d. Low Stress Scenario

Energy in the Low Stress scenario is assumed to grow at a rate 0.4% higher than in the Current

Trends scenario through 2018 to reflect a high growth environment, then at a long-term growth

rate of approximately 1% through 2030, High fuel prices are assumed to induce a price impact

on this low stress load, consisting of a short-term impact of 2.04% phased-in over 3 years, plus

an additional 1.53% long-run reduction phased-in over the next 7 years.

Combined gross load adjustments, fuel price effects, and EE peak and energy reductions

typically lead to large positive peak reductions., coupled with very small energy reductions

(sometimes negative — an energy increa.s’e), In some cases, there is an increase in both peak and

energy. These results indicate some energy shifting in this scenario, and the combined

adjustments to the C’ELT Load Forecast gross load (excluding DR) are implemented assuming
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that the relative energy reductions in the highest load hours are shifted to off-peak hours, So,

some off-peak hours always show a net energy increase, regardless of the sign of total energy

adjustments. Figure G.27 shows the 2011 SW-CT combined change in gross load, BE, and fuel

price effect peak and energy reductions. Figure G,28 shows the net load after all 2011 Low

Stress Scenario adjustments in SW-CT, including DR.

Figure G.27: Methodology for Implementing Peak and Energy Adjustments due to
Differences in Gross Load, Reference DSM, and Fuel Price Effects in the Low Stress
Scenario: 2011 SW-CT Example
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Figure G.28: 2011 SW-CT ‘Net Load with Gross Load Adjustments, Fuel Price Effect, and
Reference DSM in. Low Stress Scenario
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XJV. EXTERNAL FLóws:1SO-NE NET IMPORTS

DAYZER models ISO-NE independently, and flows in and out of the ISO-NE system are non-

dynamic. 2011 hourly net imports are forecasted by CES by extrapolating the most recent33 ISO

NE actual import/export data by weekday/weekend and month, 2013, 2018, and 2030 net

imports use 2011 values, realigned by weekday. Figure 0.30 summarizes the assumed ISO

import/export schedule for all cases. ‘

~ As of September, 2007. Import/export data are downloaded from the ISO-NE website.
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Figure G.30: Average Net Imports to ISO-NE System
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XV. RESERVE REQUIREMENTS

2011 hourly spin and AGC reserve requirements are forecasted by CES by extrapolating

historical values by weekday/weekend and season. 2013, 2018, and 2030 net imports use 2011

values, realigned by weekday. Hourly spin requirements range from 1267-1320 MW, and hourly

AGC reserve requirements (added to the spin requirement in the model) range from 100-280

MW. Quickstart requirements not modeled.

XVI. TRANSMISSION

a. Topology

The transmission system representation is based on the load flow used for the ISO-NE November

2006 FTR auction, which we upgraded to include Phase II of the Southwest Connecticut

Reliability Project (345-kV Middletown-Norwalk Project) and the 345 kV Ludlow-Barbour Hill

Project by the 2011 study year, then further upgraded to include major New England EastlWest

Solution (NEEWS) elements by the 2013 study year. Full project details are extensive so, for

simplicity, only major elements expected to have a significant impact on the simulation results
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(all 345kV and 115kV ~lernehts) of each project are implemented. The major additions to the

November 2006 load flow to represent these transmission enhancements in the 201.1 and 2013

study years are listed in Figures G.3 1 and G.32, respectively,

Figure G.31: Additions to 2006 Load Flow to Represent the 345-ky Middletown-Norwalk

Project and the 345 kV Ludlow-Barbour Hill Project by the 2011 Study Year

Summer Summer
Element Name Element Type Rating A Rating B

BESECK 345 Substation
• HADAMNK 345 - BESECK 345 Line 1488 1793

HADDAM 345- BESECK 345 Line 1488 1912
SOTHNGTN 345- BESECK 345 Line 1488 1912
E_DE VON 345 Substation.
BESE~K 345 - E DEVON 345 Line 2038 2634
DEVON - EDEVON V Transformer 707 V 797 V

SINGER 345 Substation

B_DEVON 345 - SINGER 345 CKTI Line 600 1128
B DEVON 345-SINGER 345 CKT2 Line 600 1128 V

BRIDGEPT 115- SINGER 345 Transformer 435 440
SINGER 345 - NORWLK 345 CKTI Line 600 V 1128
SINGER 345 - NORWLK 345 CKT2 LIne 600 1128
BARBOURH 345 V Substation
BARBOURH 115 - BARBOURH 345 Transformer 747 795 V V

BARBOURN 345-LUDLOW 345 Line 1240 1604
B-ARBOURI1 345 - MEEK J 345 Line 1240 1604
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Figure G.32: Additions to 2006 Load Flow to Represent NEEWS by the 2013 Study Year

Snimner Summer
Element Name Element Type Rating A Rating B

Manchester 345- Card 345 CKT2 Line 1488 1912
Card 345 - Millstone 345 CKT 2 Line 1255 446
Manolreoter 115 - East Hartford 115 CKT 2 Line 250 371
SW Hartford I 15 - NW Hartford 115 Line 250 371
S Meadow 115- SW Hartford 115 CKT 2 Line 171 307
Froat Bridge 345 - N Bloomtield 345 Line 2035 2635
Frost Bridge 115 - Frost Bridge 345 Transformer 632 780
Lake Road 345 - West Fnrirssn 345 Line 2035 2635
Card 345 - Lake Road 345 CKT 2 Line 2035 2635
W. Farnum 345 - Millbury 345 Line 2172 2696
W, Farnum 345- Kent Co. 345 CKT2 Line 1545 1908
Knits Co. 345- Kent Co. 115 (2) Tranaformer 487 580
Kent Co. 345- Kant Co. 115 (3) Transformer 487 580
Berry 345 Substation
Berry 345- Bellinghairs 345 Line 1007 1157
Berry 345- Brayton Point 345 Line 1007 1157
Berry 115 Substation
Berry 115- Berry 345 Tranaformer 515 580
Berry 115- S. Wreathern 115 CKTI Line 287 330
Berry 115-S. Wronthern 115 CKT2 Litre 287 330
Berry 115 -N. Attleboro 115 CKTI Line 287 330
Berry 1 IS - N, Attleboro 115 CKT2 Line 287 330
Agawarrs 345 Substation
Agawarn 345- Agawarn 115 (1) Trarsafonsier 632 780
Agawarn 345- Agawnrsr 115 (2) Transformer 632 780
Ludlow 345 - Agawam 345 Line 2035 2635
Agawam 345- N. Blooinfleld 345 Line 1200 2400
Stony Brook 115 -5 Corners 115 Litre 678 878
Stony Brook 115-5 Corners 115 Line 678 878
N. Bloomnfinld 1 15- N. Bloomfield 345 (2) Transformer 632 780
Soatlswiek 115-S. Agawarn 115 Line 143 165
Stiawington 115- Fsirmont 115 Line 593 764
Chicopee 115- Fainnont 115 Line 339 439
Piper 115- Fnirrnont 115 Litre 339 439
E. Springfield 115- Clinton 115 Line 250 371
E. Springfield 115- Breekwood 115 CKTI Line 250 371
B. Springfield 115- Breckwood 115 CKT2 Line 250 371

b. Interface Limits

Interface limits vary by degree of NEEWS inclusion in the 2011 and 2013 study years, and are

assumed to remain at 2013 levels in the 2018 and 2030 study years, since the transmission

system is assumed to remain unchanged after 2013. 2011 Interface limits are consistent with

those published in the ISO-NE October 26, 2006 Draft Regional System Plan34 and the ISO-NE

FERC Form No, 7l5,~~ Post-NEEWS East/West Interface and connecticut Import limits have

been projected by Northeast Utilities. Figure G.33 summarizes assumed interface limits by study

year and degree of inclusion of NEEWS.

~ Draft Regional System Plan, ISO-NE, Page 38, Table 4-5, October 26,2006.
~ ISO-NE FERC Form No. 715, Pages 6-3 through 6-6, March 31, 2007.
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Figure G.33: Major Interface Limits by Study Year and Degree of NEEWS Inclusion

2013 Limit: 2013 Limit:
Interface Constraint 2011 Limit Partial-NEEWS Fufl-NEEWS

Summer Summer Summer Summer Summer Summer
. Max Mm Max Mm Max Mm

. (MW) (MW) (MW) (MW) (MW) (MW)

New Brunswick-New England 1,000 -250 1,000 -250 1,000 -250
Orrington South 1,200 NL 1,200 NL 1,200 NL
Surowiec South 1,250 NL 1,250 NL 1,250 NL
Maine-New Hampshire 1,550 -1,700 1,525 -1,700 1,525 -1,700
New England North-South 2,700 NL Z70.0 Ni. 2,700 NL
New England East-West 2,400 -2,400 3,100 -3,100 3,500 -3,500
Boston Import 4,900 NI, 4,900 NJ., 4~900 NI,
SEMA: Southeast MA NL NL NL Ni. NL NL
SEMARI: SE MA RI Ex 3,000 NL 3,000 NL 3,000 NI,
Connecticut Import 2,50Q -2,030 3,200 -3,200 3,600 -3,600
SW Connecticut Import 3,650 NL 3,650 NI, 3,650 NL
Norwalk-Stamford Import 1,650 NL 1,650 i’J., 1,650 NL
New York -New England 1,175 -1,150 ‘ 1,175 -1,150 1,175 -1,150

Note: NL=No Limit

c Contingencies and Line Constraints (
First-order N-i contingencies corresponding to the varying degrees of transmission inclusion are

provided by the Companies and are included in the model, Second-order (N-2) contingencies are

not modeled. 115kV line and contingency constraints that bind frequently in the 2018 and 2030

study years are assumed to spur mitigation efforts to avoid high congestion costs via equipment

upgrades, and are concurrently removed as constraints from the model,

d, Transmission Outages

Transmission outages are not modeled.
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APPENDIX H: EVALUATION METRICS

This Appendix describes the Evaluation Metrics and reports the results for all of the cases

studied (Scenario-Resource Solution-Year combinations).

I. DEScRiPTION OF METRICS

The DAYZER simulations produce• an enormous quantity of detailed information on the

operation of each generating unit in the ISO-NE system and the economics of serving loads

under the assumed conditions. These can be distilled to produce summary statistics that address

the criteria in PL 07-242 in order to evaluate the resource solutions, which we term “Evaluation

Metrics.” These measures also are consistent with the CEAB “Preferential Criteria for

Evaluation of Energy Proposals” (Effective December 1, 2004); however, the Preferential

Criteria are more project-based (as opposed to generic resources) and therefore the measures

examined in this report do not perfectly map into the Criteria. These various metrics fall into

several categories, reflecting diverse objectives and criteria for cvaluating the performance of

resource solutions.

a. Total Annualized Going-Forward Resource Cost of Meeting Load

Resource cost represents the economic value of resources consumed in supplying Connecticut

loads, without regard to who incurs those costs or the possible ratemaking treatment of such

costs. These are annualized “going-forward” generation and DSM-related costs that do not take

into account the value of capital in existing or already-committed capacity (i.e., they do not

account for “embedded” capital cost) but do account for the annualized capital costs of new

generation plant in Connecticut and the capitalized cost of DSM programs. The costs of

resources located outside of Connecticut are included by pricing imported energy and capacity at

market prices. The value of energy and capacity exported outside of Connecticut is counted as a

credit, again valued at market prices. More specifically, total going-forward annual resources

costs for Connecticut include:

• Capital carrying costs on new generation located in Connecticut (this
includes the new baseload plant in the Nuclear and Coal Solutions, and
new CCs or CTs used to meet ISO-NE’s required reserve margin).

• Fixed O&M for all operating plants in Connecticut.
• Variable O&M for all operating plants in Connecticut.
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• Fuel and emission allowance costs for operating plants in Connecticut
• RPS costs, i.e., Renewable Energy Credits (RECs) and alternative

compliance payments to meet Connecticut RPS requirements, both priced
at a nominal level of $55/MWh according to the Connecticut rules
regarding RPS. V

• The cost of imports of energy, priced at the load LMP in Connecticut,
minus the value of exports priced at the generation-weighted average
generator LMP in Connecticut, V V

• V The cost of capacity imports or the value of capacity exports priced Vat the
V ISO-NE capacityprice, which ~S discussed in Appendix A.

• Demand-side program costs~ including the annual costs of administering
V demand response V programs and an V annuitized V cost of efficiency

investments (using a 10-year annuity equivalent at a real V after-tax
V V weighted average~ost of capital of 7%). V

While these total going-forward resource costs are not precisely customer costs (which depend

on many factors, including ratemaking treatment) this is the single most comprehensive measure

of cost that must be recovered in the long run from customers in order for utilities to provide

economic service. Therefore, they correspond to the CEAB Preferential Criteria II.B and II.C

over the long run. V V

b. Market-Based Generation Cost V

In Connecticut’s restructured retail environment, customers’ generation service rates are

determined by the procurement costs incurred by the Companies and other load serving entities

as they pay for energy, capacity and ancillary services supplied from the ISO-NE market. The

cost elements are:

o Generation Service Charges
Energy cost, based on the hourly load times the lVoad bus locational

V V V marginal, prices ~LMPs), a standard spot market-based measure of
the cost of serving load in an LMP market. V

Capacity cost, given by the peak load times the required planning V

reserve margin of approximately 16.6% times the capacity price.
As discussed in Appendix A, the capacity price jSV given by the net
cost V of new elitry (Net CONE) when the market is in supply-
demand balance. In 2011, the market is in surplus and the price is
set by the $4.50/kW-month floor that has been established by ISO- V

NE. V

V Fast-start costs, or local forward reserVe market (LFRM) costs are
based on the formulas ISO-NE uses to allocate LFRM and FRM
costs across ISO-NE, which result in Connecticut customers
having to pay approximately 45% of LFRM costs incurred in (
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Connecticut, depending on market conditions, as discussed in
Appendix A. LFRM costs incurred in Connecticut are given by the
required reserves (approximately 1,300 MW, given by the capacity
of the largest unit) multiplied by the LFRM price, which is
assumed to be at the cap due to the lack of surplus of fast-start
capacity in Connecticut, The cap is given by $ 147kW-month
minus the capacity price.
Revenues from financial transmission rights (FTRs), assuming
load serving entities have FTRs providing revenues sufficient to
cover 75% of the congestion costs incurred between Connecticut
generators and Connecticut load (calculated by multiplying the
load versus the generators in Connecticut.
A loss adjustment is needed because DAYZER double-counts
losses, First, the load forecast already includes losses, which sets
the total amount of generation customers must pay for. Second,
marginal losses are calculated as part of the LMP in order to
produce efficient dispatch signals (the loss component of the LMP
at each node is given by the price at the reference bus times a nodal
marginal loss factor drawn from a database of loss factors under
similar load conditions). In order to avoid double-count losses, the
loss component is reduced to that at the Connecticut generators by
subtracting the difference between the load’s and generators’ loss
components from the load’s LMP.
The cost of spinning reserves and uplift are each calculated from
the Connecticut load ratio share of ISO-NE payments to all
generators in ISO-NE. Both quantities are modeled explicitly in
DAYZER.
Supplier risk premium, estimated at 15% to account for the risks
that wholesale suppliers assume when bidding to serve retail loads.
These include credit, price and volume risks, and represent the
difference between the pure “market cost” of resources and the
prices typically observed in the market for serving retail loads.

System Benefits Charges
Renewable Energy Certificates (RECs) or alternative compliance
payments valued at a nominal level of $55/MWh.
DSM program costs, including the annual cost of administering
demand response programs and the annual cost of efficiency
investments. Efficiency investments are not capitalized, as they
are in the calculation of Total Annualized Going-Forward
Resource Cost, in order to reflect the current rate treatment.

These customer costs are divided by the Connecticut loads to estimate an average customer

generation rate, in 0/kWh. These metrics correspond most closely to CEAB Criteria II.B and

II.C.
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C. Cost of Service Generation Rates

In addition to calculating customer generation rates under prevailing rules, we also estimate

customer generation rates under a hypothetical alternative Where Connecticut generators are paid

under traditional cost-of-service principles, This proxy cost of service was constructed from the

following elements:

Generation Service Charges
Total (going-forward) Resource Costs as described above, but

• excluding RPS and DSM costs, plus
Annualized., embedded costs of generators in Connecticut,
consisting of estimates of annualized capital payments:

• For Connecticut generating units that have obtained
“re1iability_must~run” ~RMR) contracts, we use the nominal

V difference between the Annualized Fixed Revenue
V Requirement (AFRR) and the annual Fixed O&M (FOM)

V V obtained from the RMR dockets and settlement agreements.
V For’the Millstone nuclear unit, an annual capital payment

V based on the purchase price in 2001 and utility financing
assumptions. V

For recent new units an estimate of annual capital payments
based on technology type V

We assume embedded costs of zero for numerous old, (
small plants for which FOM is the primary going-forward V V

V cost
e System Benefits Charges are calculated the same as in the Market-Based

Customer Costs,

These costs are divided by Connecticut loads to estimate an average customer cost under Vthe cost

of service accounting in ~/kWh. V V

Average customer generation rates are calculated by dividing the total cost by the total load. In

turn, a monthly “typical bill” is calculated for a hypothetical customer with 700 kWh of load

(prorated in the “DSM-Focus” solution). V V

d. Electric Reliability

The ISO-NE planning reserve margin (Installed Capacity — Peak Load I Peak Load) and

Connecticut planning reserve surplus (relative to the LSR~ are calculated to convey differences

in electrical reliability, which addresses CEAB Criteria I.B.

(,
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e. Fuel Diversity and Security

We report the fuel consumption metrics that are most relevant to the objectives of fuel diversity

and security; the quantity of natural gas burned in Connecticut and New England all year and

during the peak heating season. We also report the quantities and percentages of other fuels.

f. Load Factor

We calculate the Connecticut load factor (the ratio of average annual load level to system hourly

peak, net of DSM) to measure progress toward leveling load by shifting energy from peak to off-

peak time, corresponding to CEAB Criteria III.B.

g. Environmental & Renewables

These metrics include annual emissions in ISO-NE and Connecticut of sulfur dioxide (SO2),

nitrogen oxides (NOr), and carbon dioxide (C02). The CO2 emissions can be compared to the

RGGI cap.

For RPS compliance, metrics reported are annual renewable energy requirements (state loads x

required percentages) and eligible renewable electricity generation.

II. DOCUMENTATION OF METRICS FOR ALL CASES

The results for each metric are summarized across all cases in the graphs shown below (a subset

of these also appears in Section III of the Report). Immediately following are the detailed

metrics results for each case (Scenario-Solution Set-Year combinations).
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Figure 11.1: Total Going-Forward Resource Cost (Annual)
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market price risk, and credit risk faced by wholesale suppliers of standard offer service.
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Figure 11.6: Average Customer Cost Components (0/kWh)
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capacity imports, and embedded capital cost of planned and existing generation; energy cost in COS regime (“FUBL±VOM+ALwNCE”) includes VOM, fuel, emissions allowances, and net energy imports.
The premium added represents an estimated additional 15% on the energy and capacity components, charged by wholesale suppliers of standard offer service reflecting quantity risk, market price risk, and
credit risk.
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Figure R.7: Average Customer Cost Components (0/kWh)
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Figure 11.9: Average Customer Cost Components (0/kWh)
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Figure 11.19: Connecticut Fuel Mix (Cumulatiye Generation in TWh)
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Figure 11.20: Total ISO Fuel Mix (Cumulative Generation in TWh)
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APPENDIX I: SECTION 51 of PA 07-242

Sec. 51. (NEW) (Effective from passage) (a) The electric distribution companies, in consultation
with the Connecticut Energy Advisory Board, established pursuant to section 16a-3 of the
general statutes, as amended by this act, shall review the state’s energy and capacity resource
assessment and develop a comprehensive plan for the procurement of energy resources,
including, but not limited to, conventional and renewable generating facilities, energy efficiency,
load management, demand response, combined heat and power facilities, distributed generation
and other emerging energy technologies to meet the projected~ requirements of their customers in
a manner that minimizes the cost of such resources to customers over time and maximizes
consumer benefits consistent with the state’s environmental goals and standards.

(b) On or before January 1, 2008, and annually thereafter, the companies shall submit to the
Connecticut Energy Advisory Board an assessment of (1) the energy and capacity requirements
of customers for the next three, five and ten years, (2) the manner of how best to eliminate
growth in electric demand, (3) how best to level electric demand in the state by reducing peak
demand and shifting demand to off-peak periods, (4) the impact of current and projected
environmental standards, including, but not limited to, those related to greenhouse gas emissions
and the federal Clean Air Act goals and how different resources could help achieve those
standards and goals, (5) energy security and economic risks associated with potential energy
resources, and(6) the estimated lifetime cost and availability of potential energy resources.

(c) Resource needs shall first be met through all available energy efficiency and demand
reduction resources that are cost-effective, reliable and feasible. The projected customer cost
impact of any demand-side resources considered pursuant to this subsection shall be reviewed on
an equitable bases with nondemand-side resources, The procurement plan shall specify (1) the
total amount of energy and capacity resources needed to meet the requirements of all customers,
(2) the extent to which demand-side measures, including efficiency, conservation, demand
response and load management can cost-effectively meet these needs, (3) needs for generating
capacity and transmission and distribution improvements, (4) how the development of such
resources will reduce and stabilize the costs of electricity to consumers, and (5)the manner in
which each of the proposed resources should be procured, including the optimal contract periods
for various resources,

(d) The procurement plan shall consider: (1) Approaches to maximizing the impact of demand-
side measures; (2) the extent to which generation needs can be met by reneWable and combined
heat and power facilities; (3) the optimization of the use of generation sites and generation
portfolio existing within the state; (4) fuel types, diversity, availability, firmness of supply and
security and environmental impacts thereof, including impacts on meeting the state’s greenhouse
gas emission goals; (5) reliability, peak load and energy forecasts, system contingencies and
existing resource availabilities; (6) import limitations and the appropriate reliance on such
imports; and (7) the impact of the procurement plan on the costs of electric customers.

(e) The board, in consultation with the regional independent system operator, shall review and
approve or review, modif~’ and approve the proposed procurement plan as submitted not later
than one hundred twenty days after receipt. For calendar years 2009 and thereafter, the board
shall conduct such review not later than sixty days after receipt. For the purpose of reviewing the
plan, the Commissioners of Transportation and Agriculture and the chairperson of the Public

000984



Utilities Control Authority, or their respective designees, shall not participate as members of the
board. The electric distribution companies shall provide any additional information requested by
the board that is rel~vant.to. the consideration of the procurement plan. In the course of
conducting such review, the board shall conduct a public hearing, may retain the services of a
third-party entity with experienc.e in the area of energy procurement and may consult, with the
regional independent system operator. The board shall submit the reviewed procurement plan,
together with a statement of any unresolved.issues,to the Department of Public Utility Control.
The department shall consider the’pro~urement plan in ‘an uncontested proceeding and.shall
conduct a hearing’and provide an’’~opportunity for interested parties to submit comments
regarding’the procurement plan. No.t later than one hundred twenty days aftei~submission of the
procurement plan, the department’shall approve, or modify and approve, the procurement plan.
For calendar.years .2009 and thereafter, the department shall approve, or modify and approve,
said procurement plan not later than sixty days after submission

(f~ On or before September 30, 20093 and every two years thereafter, the Department ofPublic
Utility Control shall’ report to the joint standing committees of the General Assembly having .

cognizance of.màtters relating to energ~ and the environment regarding,goals establi~hed and
progress toward implementation of the procurement plan established pursuant to this section, ~s
well ‘as any recommendati’ons..,for the process. V V

(g) All electric distribulicn.c,ompahies’ costs associated ‘with the development ‘of the resource
assessment andthe development of the procurement plan shall.be recoverable through the.
systems benefits charge. ‘ ‘ V . . .

(

(
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APPENDIX 3: SCOPE OF SERVICES

Subject to the joint direction from the United Illuminating Company (UI) and Tlie Connecticut Light and
Power Company (CL&P), review the State of connecticut energy and capacity resource assessment and
develop a comprehensive plan (the Plan) forthe woourelnent of energy resources as required by Section
51 ofPublic Act Number 07-242 (the Act), in addition to the work proposed in Consultant’s response to
the Request for Proposal dated July 23, 2007 and pursuant to the Act~ Consultant shat[ develop a Plan that
includes but is not l±niited to the fciltowing

1. Review the state’s energy and capacity resource assessment and develop a comprehensive plan for the
procurement of energy resource’s, including, but not limited to, conventional and renewable
generatIng ihcilities, energy efficiency, load. :tnanagenlent, demand response. combined heat and
power facilities, distributed generation and other emerging energy technologies to meet the projected
requirements of their customers in a manner that minimizes the cost of such resowecs to customers
over time and maximizes consumer benefits consistent with the state’s environmental goals and
standards.

2. Assess and provide detailed reporting on the energy and capacity requirements of customers for the
next, three, five and ten years; and. extend the analyses and assess required/recorrnnended resources for
the timeframe required to substantially demonstrate the long term impact of various potential
solutions (said thneframe shall not be less than 20 years).

3. Assess and report on the manner of how best to eliimjiate growth in electric demand.
4, Assess how best to level electric demand in the state by reducing peak demand and shifting demand

to off-p e~k periods.
5. Assess and report on (he. impact of current and projected envfronmentai standards, including, hut not.

limited to, those related to greenhouse gas emissions and the federal Cie~tti Air Act goals and how
dif’erent resources could help achfôve those standard’s and goals.

6. Assess and report on energy security and economic risks associated with potential energy resources.
7. Assess and report” on the estimated lifetime cost and availability ofpotential energy resources.
8. Consider approaches to maximizing the impact of demand-side measures.
9. Consider the extent to which, generation needs can he met, by renewable and combined heat and

power facilities.
10. Consider the optimization of the use of generation sites and generation portfolio existing within the

state.
11. Consider thel types, diversity, availability, firmness ofsupply and security and environmental impacts

thereof, including impacts on meeting the state”s greenhouse gas emission goals.
12. Consider reliability, peak load and energy forecasts, system contingenoie’s and, existing resource

availabilitieg,
13. Consider import limitations and the appropriate reliance on such imports.
14. Consider the impact of’the procurement plan on the costs of electric customers.
15. Resource needs shall first be met through all available energy efficiency and demand reduction

resources that are cost-offcctive, reliable arid ‘feasible. The projected customer cost impact of any
demand-side resources considered pursuant to this subsection shall be reviewed on an equitable bases
with nondeman.d~sjde resources.

16. Spee’it~i ‘the’total amount of energy and capacity resources needed to meet the requirements of all
customers.

17. Specify ‘the extent to which demand-side measures, including efficiency, conservation, demand
response and load management can cost-effectively moat these needs

J- 1
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18. Speei~’ needs for generating capa~i~ and tra~smissi.on and distr~ution hnprovements. Note that tfl
and CL&P will perfbrm some of the work and provide inputs related to the referenced distribution
improvements.

19. Speoif3’ bow. the development of such resources will reduce and stabilize the costs of electricity to
consumers.

20. Specit~’ the manner in which each of the proposed resources should be procured,. including the
optinuti contraàt periods for various resources.

21 Compare various s~iutiOns on a cost-of-service/revenue requirement basis, for all relevant future
ScenarioS.

22. Compare various solutions based on predicted/resulting market revenues, hioluding: wholesale
Locational Marginal FriOing (LMP~, FCM~ LFRM, and ancillary services; for all relevant future
scenarios.

*LM1~ shall mean the hourly price for energy, congestion, and marginal losses at a node.
23. Forecast resulting retail prioes*~, to. Genor~.tion Service Charge ~OS C) for each proposed solution

for all relevant future scenarios under both of the following regimens:
a. Market-based pricing (non-dedicated resources, marginal based pricing). V

b. Cost of ser~rice based pricing (dedicated resources, supplled at cost).
**Retail price ~also referred to as generation ser~ ice charge, GSC): full requirements load
following power su~piy priced at the oustom~r’s xxieter, including but not Vlim~tCd. to changing
hourly energy requireixients, capacity, operating reserves (forward pool..wide, forward local and
spinning~, automatic generation control, upllft charges allocated to ennt~’ market loads, ISO
charges, NEPOOL charges, supplier administration. costs, and the costs of managing the various
risks and. uncertainties attendant to serving load with retail choice. V V V

24. Assess the relative influence of all ~ictors oix predicted outcomes.
2~ Assess the robustness otvanous possibk/prooo&e4 solutioni., includuig but uot [muted to subjectmg

each/all solutions h~ multiple future conditions/scenarios, and rating the performance of the possible (
solutions using an agreed ~mpon weighting of measures ol merit

26. Oeiiver to [H and CL&P btf detailed written and electronic form: V

a, 1’npiIts V V

b. Assumptions V V V

CV. Outputs V

d. V Modeling bases V

a. Detailed descriptions ofthe inputs, outputs, each model’s mechanics, and the process used to
inte~ate the variore components and development of the results. V

f. Identification of likely ranges for alt inputs and outputs nun provide assessments of uncertainty
related to the same.

g. Basis for combinations of factors used to develop the roleva~t future scenarios, and an
explanation of any knowii or suspected correlations between factors. V

27 Deliver to UI and CL&P rntcrmi work products, pncsentatioiis, draft report9, and final reports as
specified in Exhibit 13, Schedule.

28 Provide ongoing consultation, teslnnoiiy, analysis, revisions, and defense ofthe Plan in conjunction
with the CEAB suhmuil.tat and review scheduled to commence on January 1, 2008.

29. Provide ongoing consultation, testimony, analysis, revisions, and defense of the Plan in conjunction
with the DPUC submittal and review s~hec1tiled to c>oinrneile.e no later than 120 days after January 1,
2008.

(
J-2 V
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Public Service Company of New Hampshire
Docket No. DE 11-250

Date Request Received: 09/16/2013 Date of Response: 11/14/2013
Request No. DEPOSITION-002 Page 1 of 1
Request from: TransCanada

Witness: Gary A. Long

Request:
Is there another Brattle Group analysis that predates August 1st?

Response:
In response to Q-TECH-O1-008, PSNH provided a copy of Documentation Report for Supplemental
Analysis Requested by the CEA8 via La Capra Associates, Inc,” dated August 1,2008. That
supplemental analysis was performed subsequent to “Integrated Resource Plan for Connecticut”
prepared by the Brattle Group dated January 1, 2008, which is available on-line at:
httø:/Jwww.ctener~y.or~/ødf/REVl RP.odf
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~~AL AF1’ACHMENT 21

Public Service Company of New Hampshir~ 0Z
Docket No. DE 11-250

Date Request Received: 09/16/2013 Date of Response: 11/14/2013
Request No. DEPOSITION-004 Page 1 of 5
Request from: TransCanada

Witness: Gary A. Long

Request:
Who prepared the $11 per MMBtu price assumption that appears in Deposition Exhibit 9, Part E, page
15? Please provide any underlying materials relied upon by the person preparing the MMBtu price in the
report.

Response:
The referenced $11 per MMBtu price assumption was based on actual reported Natural Gas Prices for
dispatch at PSNH generating units at the time the analysis was performed (2008), as prepared by the NU
Fuel Purchasing Department, rather than any specific forecast. The $11 was assumed to continue until
2012, after which it was escalated at 2.5%. Forecasts available at the time (including those relied upon
by FERC Staff in its presentation to the FERC Commissioners dated June 19, 2008, which are included in
Deposition Exhibit 9 at Bates pages 21 and 22) support the base assumption and escalation, but were not
used directly nor relied upon in preparing the referenced MMBtu price.
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NEW HAMPSHIRE UNITS ONLY
INCLUDES S02 ADDER
15-Jan-08 Reported Nepool

Price

Docket No. DR 1 1-250
Record Request DEPOSITION

Dated 09/16/2013
DEPOSITION-004, Page 2 of 5

498
557 Schiller 5 Coal
558 Schiller 6 Coal
558 Schiller 4 Coal
490 Merrimack 2 Coal
489 Merrimack 1 Coal
481
508 Newington blend oil/gas
480
397
481
390
391
390
480
493
493
520
519
508 Newington
508 Newington
390
391
493
493
481
480
494
494
556 Schiller
557 Schilier 5 NWP
482

Newington
Schiller
Merrimack
Merrimack
Schilier 4
Schiller 5
Schilier 6
Schiller 5
Newington

0 Oil
o Oil
0 Coal
0 Coal
0 Coal
0 Coal
0 Coal

Wood
0 Gas

The NWPP diapatch price is inclusive of a production tax credit of $10?MWh and realized (and forecast) REC revenue of approximately $50/MWh.
(The dispatch price without REC and PTC = $53.33/MWh.)

Note: Dollars per Barrel, Dollars per Ton, Dollars per MBtu
calculate the Replacement $/MBtu. wlo ADDER

Sulfur Delivd Btu
Replace. HeatRate. wlo adders Nom.
$/MBtu Btu/kWh $fMBtu $IMWh

0.62 69.36 13,122 3.203 11,172 2.643 $35.79
0.62 69.36 13,122 3.187 10,998 2.643 $35.05
0.62 69.36 13,122 3.187 11,041 2.643 $35.19
1.24 82.6 13,046 3.637 9,682 3.173 $35.21
1.34 77.91 13,422 3.315 9,721 2.902 $32.23

100%oil&0 11.66 12.064 10,793 11.656 $130.21

1.09 76.44 156,149 12.058 10,793 11.656 $130.14
11 10,793 11 5118.72

1.09 76.44 156,149 12.066 10,887 11,656 $131.36
0 31 4,274 4.078 13,078 3.627 $0.00

Per A. Dali 09/211/2004
effective 09/22//2004

Fuel Fuel Fuel Ash/Slag Mairil So2 Oper. NX-4 Date
Add’tve Unload Handle Dispose Costs Adder Adj. Adders Changed

Oil
Wood

NOX
Adder! M8tu

0.1968 0 0.0757 0.31 0.054 2.0003
0.14 0.05 0.05 0.35 0.1 2.0003

0 0 1.0088 1.3546 0.9673 7.758
0,3924 0 1.0306 2.5038 0,9882 7.175

0.359 1.87 1,87 5.5 1.0847 3.595
o 1.87 1.87 6.2835 1.0847 3.595

0.359 1.87 1.87 5.5 1,0847 3.595
1.355 1.25 1.25

Included in $/MWh is an inefficiency rate of 3.7%
$289.00 per ton S02 - Allowance Price
$520.00 per ton S02 - Allowance Market Price (Newington)

$0.00 per ton NOX - Ailowance Market Price (Newigton)
$0.00 per Ion NOX - Emission Rate

2.6368 27-Sep-05
2.6903 28-Jan-93

11.0886 28-Aug-07
12,09 28-Aug-07

14,2787 24-Jul-06
14.7032 24-Jul-06
14.2787 24-Jul-06

3.855 17-May-06
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Docket No. DE 11-250
Record Request DEPOSITION

Dated 09/16/2013

NEW HAMPSHIRE UNITS ONLY DEPOSITION-004, Page 3 of 5
INCLUDES S02 ADDER
15-Feb-08 Reported Nepool

Price

Note: Dollars per Barrel, Dollars per Ton, Dollars per MBIu
calculate the Replacement $IMI3tu. wlo ADDER Replace. HeatRate. w/o adders Norm

Sulfur Delivd Btu S/MBtu BtuIkWh $/MBtu $/MWh

498
557 Schiller 5 Coal 0.63 80.5 13,077 3.643 11,172 3.078 $40.70
558 Schiller 6 Coal 0.63 80.5 13,077 3.626 10,998 3.078 $39.88
556 Schiller 4 Coal 0.63 80.5 13,077 3.626 11,041 3.078 $40.04
490 Merrimack 2 Coal 1.2 86.83 13,054 3.78 9,682 3.326 $36.60
489 Merrimack 1 Coal 1.72 80.3 13,419 3,486 9,721 2.992 $33.89
481
508 Newington blend oillgas 100%oil&0 11.16 11.518 10.793 11.16 $124.32
480
397
481
390
391
390
480
493
493
520
519
508 Newington 109 7319 156,149 10,793 11.16 $124.25
508 Newington 10.96 ~ 10,793 10.96 $118.29

391
493
193
481
480
494
494
556 Schiller Oil 1.09 73.19 156,149 11.52 10,887 11.16 $125.42
557 Schiller 5 NWP Wood 0 31 4,274 4.078 13,078 3.627 50.00
482

Per A. Dali 09/21//2004
efFective 09122//2004

NOX Fuel Fuel Fuel Ash/Slag Maint So2 Oper. NX-4 Dale
Adder/ MBlu Add’tve Unload Handle Dispose Costs Adder Adj. Adders Changed

Newington 0 Oil 0.1968 0 0.0757 0.31 0.054 1.6724 2.3089 27-Sep-05
Schiller 0 Oil 0.14 0.05 0.05 0.35 0.1 1.6724 2.3624 28-Jan.93
Merrimack 0 Coal 0 0 1.0088 1.3546 0.9673 9.93 13.2606 28-Aug-07
Merrimack 0 Coal 0.3924 0 1.0306 2.5038 0.9882 6.944 11.859 28-Aug-07
Schiller 4 0 Coal 0.359 1.87 1.87 5.5 1.0847 3.662 14.3457 24-Jul-06
Schiller5 0 Coal 0 1.87 1.87 6.2835 1.0847 3.662 14.7702 24-Jul-06
SchillerO 0 Coal 0.359 1.87 1.87 5,5 1.0847 3.662 14.3457 24-Jul-06
Schiller 5 Wood 1.355 1.25 1.25 3.855 17-May-06
Newington 0 Gas Included in $/MWh is an inefficiency rate of 3.7%

$289.00 per ton S02 - Allowance Price
$435.00 per Ion SO2 - Allowance Market Price (Newing(on)

$0.00 per Ion NOX - Allowance Market Price (Newiglon)
$0.00 per ton NOX - Emission Rate

The NWPP dispatch price is inclusive of a production tax credit of $1OIMWh and realised (and forecast) REC revenue of approximately $50/MWh.
(The dispatch price without REC and PTC $53.33/MWh. )
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NEW HAMPSHIRE UNITS ONLY
INCLUDES S02 ADDER
1 4-Mar-08 Reported Nepool

Price

Docket No. DE 11-250
Record Request DEPOSITION

Dated 09/16/2013
DEPOSITION-004, Page 4 of 5

498
557 Schiller 5 Coal
558 Schiller 6 Coal
556 Schillor 4 Coal
490 Merrimack 2 Coal
489 Merrimack 1 Coal
481
508 Newington blend oil/gas
480
397
481
390
391
390
480
493
493
520
519
508 Newington
508 Newington
390
391
493
493
481
480
494
494
556 Schiller Oil
557 Schiller 5 NWP Wood
482

Newington
Schhller
Merrimack
Merrimack
Schiller 4
Schiller 5
Schiller 6
Schiller 5
Newington

O Oil
O Oil
0 Coal
0 Coal
0 Coal
0 Coal
0 Coal

Wood
0 Gas

2.3089 27-Sep-05
2.3624 28-Jan-93

11.2256 28-Aug-07
11.859 28-Aug-07

14.3957 24-Jul-06
14.8202 24-Jul-06
14.3957 24-Jul-06

3.855 17-May-06

The NWPP dispatch price is inclusive of a production lax credit of $10/MWh and realised (and forecast) REC revenue of approximately $50/MWh.
(The dispatch price without REC and PTC $53.33/MWh.)

Note: Dollars per Barrel, Dollars per Ton, Dollars per MBtu
calculate the Replacement $IMBtu, wlo ADDER

Sulfur Delivd Btu

Oil

Replace. HeatRate. w/o adders Nom.
$/MBIU Btu/kWh $/MBIu $/MWh

0.64 72.25 13,163 3.307 11,172 2.744 $36.95
0.64 72.25 13,163 3.291 10,998 2.744 $36.20
0.64 72.25 13,163 3.291 11,041 2.744 $36.34

1.2 86.83 13,054 3.78 9,682 3.326 $36.60
1.37 80.87 13,473 3.418 9,721 3.001 $33.22

100%oil&0 11.34 11.701 10,793 11.343 6126.29

1.09 74.39 156.149 - 10,793 11.343 $126.23
10.81 10793 10.81 $116.67

1.09 74.39 156,149 11.703 10,887 11,343 $127.42
0 31 4,274 4.078 13,078 3.627 $0.00

Per A. DalI 09/21112004
effective 09/22/)2004

Fuel Fuel Fuel Ash/Slag Maint So2 Oper. NX-4 Date
Add’tve Unload Handle Dispose Costs Adder Ad]. Adders Changed

NOX
Adder! MBtu

0.1968 0 0,0757 0,31 0.054 1,6724
0.14 0.05 0.05 0.35 0.1 1.6724

0 0 1,0088 1.3546 0.9673 7.895
0,3924 0 1.0306 2,5038 0.9882 6,944

0.359 1.87 1.87 5.5 1.0847 3.712
0 1.87 1.87 6.2835 1,0847 3.712

0.359 1.87 1.87 5.5 1.0847 3.712
1.355 1.25 1.25

Included in $/MWh is an inefficiency rate of 3.7%
$289.00 per ton S02 - Allowance Price
$435.00 per ton S02 - Allowance Market Price (Newington)

$0.00 per ton NOX - Allowance Market Price (Newiglon)
$0.00 per ton NOX - Emission Rate
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Docket No. DE 11-250
Record Request DEPOSITION

Dated 09/16/2013
NEW HAMPSHIRE UNITS ONLY DEPOSITION-004, Page 5 of 5
INCLuDES S02 ADDER
15-Apr-OS Reported Nepool

Price

Note: Dollars per Barrel, Dollars per Ton. Dollars per MElu
calculate the Replacement 6/MElu. wlo ADDER Replace. HeatFtale. w/o adders Horn.

Sulfur Delivd Sb $/MBIu BIu/kWh S/MOW $IMWh

498
557 Schiller5 Coal 0.66 70.07 13,163 3.229 11,172 2.662 $36.07
558 Schiller6 Coal 0,66 70.07 13,163 3.212 10,996 2.662 935.33
556 Schiller4 Coal 0.66 70.07 13,163 3.212 11041 2.662 935.47
490 Merrimack 2 Coal 1.2 68.16 13,064 3.827 9.682 3.374 $37.06
489 Mernmack 1 Coal 1.28 82.5 13,509 3.452 9,721 3.054 933.56
401
508 Newingbon blend oil/gas 100%orl&0 12.46 12.772 10,793 12464 $137.85
480
397
481
390
391
390
480
493
493
520
019
508 Newirrgton 0’ 1.09 81.74 156,149 12.766 10,793 12.464 5137.78
508 Newiriglon 11.25 10,793 11,25 $121.42

391
493
493
481
480
494
494
556 Schiller Oil 1.09 81.74 155,149 12,774 10,887 12.464 $139.07
557 SchillerS NWP Wood 0 31 4.274 4.078 13.076 3.627 30.00
462

Per A. Dali 09/21//2004 at 9:00 AM.
effective 09/22/12004 NDX Adde NOX Adders

NOX Fuel Fuel Fuel Ash/Slag Maint So2 Oper. NX-4 Dale
Adder/MEW Add’Ive Unload Handle Dispose Costs Adder Ad). Adders Changed 0

Em, Rate
Newirrglou 0 Oil 0.1966 0 0.0757 0.31 0.054 1,3444 1.9609 27-Sep-05 0.21
Schiller 0 Oil 0.14 0.05 0.05 0.35 0.1 1.3444 2,0344 28-Jan-93 0.3
Merrimack 0 Coal 0 0 1.0088 1.3546 0.9673 7.43 10.7606 28-Aug-07 0.15
Merrimack 0 Coal 0.3924 0 1.0306 2.5036 0.9652 6.924 11.839 28-Aug.07 0.15
Schitler4 0 Coal 0.359 1.87 1.87 5.5 1.0847 3,817 14.9007 24-Jul-00 0
Sc/utterS 0 Coal 0 1.87 1.87 6.2835 1.0847 3,817 14.9252 24-Jul-06 0
Schiller6 0 Coal 0.359 1.87 1.87 5.5 1.0847 3.817 14.5007 24-Jul-06 0
Schuler5 Wood 1.355 1.25 1.25 3.555 17-May-06
Newinglon 0 Gas Included in $IMWh is an inefficiency rate of 3.7% 0.15

$289.00 per los S02 - Allowance Price
$306.00 per Ion S02 - Allowance Market Price (Newirrgbon)

$0.00 per ton NOX - Allowance Market Puce (Newiglon)
$0.00 per ton NOX - Emission Rate

The NWPP dispatch price is inclusive of a production tax credit of $10/MWh and realized (and forecast) EEC revenue of approximately $50/MWh.
(The dispatch price without EEC and PTC = 553.33IMWS.
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Transm4ss1~~DIstril~ii~FJj:E
Margn~i~Iñ~sely WithVofrumes’-’~

Figure 79. Average natural gas transmission and
distribution margins, 1990-2030 (‘2006 dollars
per thousand cubic feel)
4 — Hisioiy Projections

1—

1990 2000 2006 2020

The transmission and distribution margin for natural
gas delivered to end users is the difference between
the average delivered price and the average source
price, which is the quantity-weighted average of the
lower 48 wellhead price and the average import price.
It reflects both the capital and operating costs for
pipelines and the volume of natural gas transported.
Although operating costs vary with the level of pipe
line utilization, capital costs are fixed for the most
part. Variations in pipeline throughput result in
higher or lower transmission and distribution costs
per thousand cubic feet of natural gas transported.
Thus, because the high and low price ease projections
show the greatest variation in total natural gas con
sumption, the greatest variation in transmission and
distribution margins is also seen in those eases.

In the high price case, total natural gas consumption
in 2030 is projected to be only 21.9 trillion cubic feet.
As a result, the average transmission and distribution
margin for delivered natural gas is projected to
increase from $2.98 per thousand cubic feet in 2006 to
$3.12 per thousand cubic feet in 2030 (2006 dollars).
In the low price case, total natural gas consumption in
2030 grows to 24.8 trillion cubic feet, and the average
transmission and distribution margin in 2030 drops
to $2.74 per thousand cubic feet as the edsting
pipeline system is used at a higher capacity factor.
In the reference case, with projected natural gas
consumption of 22.7 trillion cubic feet in 2030,
the prqjected average transmission and distribution
margin in 2030 is $2.93 per thousand cubic feet
(Figure 79).

Unconventional Production Is a
Growing Source of U.S. Gas Supply

Figure 80. Natural gas production by source,
1990-2030 (‘trillion cubic feet)
12 -~ Histoiy

Total U.S. natural gas production grows modestly
in the reference case, from 18.5 trillion cubic feet in
2006 to 19.4 trillion cubic feet in 2030, as depletion of
the onshore lower 48 convetitional resource base is
offset by increased production from unconventional
sources and from Alaska. Offshore production
increases, from 3.0 trillion cubic feet in 2006 to
4.5 trillion cubic feet in 2017, then declines to 3.5
trillion cubic feet in 2030, Production in shallow
waters declines slowly through 2030. Production in
deeper waters rises to 3.0 trillion cubic feet in 2019
and then declines through 2030.

A large proportion of the onshore lower 48 conven
tional natural gas resource base has been discovered.
Discoveries of new conventional natural gas reser
voirs are expected to be smaller and deeper, and thus
more expensive and riskier to develop and produce.
Accordingly, total lower 48 onshore conventional
natural gas production declines in the AE02008 ref
erence case from 6.6 trillion cubic feet in 2006 to 4.4
trillion cubic feet in 2030 (Figure 80). Incremental
production of lower 48 onshore natural gas comes
primarily from unconventional resources, including
coalbed methane, tight sandstones, and gas shales.
Lower 48 unconventional production increases in the’
reference case from 8.5 trillion cubic feet in 2006 to
9.5 trillion cubic feet in 2030.

The Alaska natural gas pipeline is expected to begin
transporting natural gas to the lower 48 States in
2020. As a result, Alaska’s natural gas production
increases from 0.4 trillion cubic feet in 2006 to 2.0
trillion cubic feet in 2030 in the reference case.
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AMERICA’S NATURAL GAS REVOLUTION

by Daniel Yergin and Robert meson

~
~e~o~Qp93

DATE
November 5, 2009

DANIEL YERGIN, Chairman of
IHS CERA, is author of The Prize,
The Quest for Oil, Money, and
Power~ now in a new edition, and
Commanding Heights: The Battle
for the World Economy.

ROBERT INESON is IHS CERA
Senior Director, Global Gas.

A “shale gale” of unconventional and abundant US gas is transforming the
energy market.

The biggest energy innovation of the decade is natural gas—more specifically
what is called “unconventional” natural gas. Some call it a revolution.

Yet the natural gas revolution has unfolded with no great fanfare, no grand
opening ceremony, no ribbon cutting. It just crept up. In 1990 unconventional
gas—from shales, coalbed methane, and so-called tight formations—was about
10 percent of total US production. Today it is around 40 percent and growing
fast, with shale gas by far the biggest part.

The potential of this “shale gale” only really became clear around 2007. In
Washington, DC, the discovery has come later—only in the past few months. Yet
it is already changing the national energy dialogue and overall energy outlook
in the United States—and could change the global natural gas balance.

From the time of the California energy crisis at the beginning of this decade,
it appeared that the United States was headed for an extended period of tight
supplies, even shortages, of natural gas.

While gas has many favorable attributes—as a clean, relatively low-carbon
fuel—abundance did not appear to be one of them. Prices had gone up, but
increased drilling failed to bring forth additional supplies. The United States,
it seemed, was destined to become much more integrated into the global gas
market, with increasing imports of liquefied natural gas (LNG).

But a few companies were trying to solve a perennial problem: how to liberate
shale gas—the plentiful natural gas supplies locked away in the impermeable
shale. The experimental lab was a sprawling area called the Barnett Shale in
the environs of Fort Worth, Texas.

The companies were experimenting with two technologies. One was
horizontal drilling. Instead of merely drilling straight down into the

CERAThe HS CERA.4Jerf is partof IHScERAs RetairierAdviso,yService. Formoreinformation, pleasecall +1 617 8865000 (USA)or+33 (0)1 42441010 (France), ore-mallinfo@ihscera.com. Inthe
USA: 55CambridgeParlcway, cambridge, MA02142, USA. In Europe:21 boulevarsidela Madelelne,75038 Pads, CedexOl , France.@2009,Mdghtsreserved, Daniel Yerg)nandhobenlneson.
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HS CERA Alert

resource, horizontal wells go sideways after a certain depth, opening up a much larger area of
the resource-bearing formation.

The other technology is known as hydraulic fracturing, or “fraccing.” Here, the producer injects
a mixture of water and sand at high pressure to create multiple fractures throughout the rock,
liberating the trapped gas to flow into the well.

The critical but little-recognized breakthrough was early in this decade—finding a way to meld
together these two increasingly complex technologies to finally crack the shale rock and thus
crack the code for a major new resource. It was not a single eureka moment, but rather the
result of incremental experimentation and technical skill. The success freed the gas to flow in
greater volumes and at a much lower unit cost than previously thought possible.

In the past few years the revolution has spread into other shale plays, from Louisiana and
Arkansas to Pennsylvania and New York State, and British Columbia as well.

The supply impact has been dramatic. In the US Lower 48, states thought to be in decline as
a natural gas source, production surged an astonishing 15 percent from the beginning of 2007
to mid-2008. This increase is more than most other countries produce in total.

Equally dramatic is the effect on US reserves. Proved reserves have risen to 245 trillion cubic
feet (Tcf’) in 2008 from 177 Tcf in 2000, despite having produced nearly 165 Tcf during
those years. The recent increase in estimated US gas reserves by the Potential Gas Committee,
representing both academic and industry experts, is in itself equivalent to more than half of
the total proved reserves of Qatar, the new LNG powerhouse. With more drilling experience,
US estimates are likely to rise dramatically in the next few years. At current levels of demand,
the United States has about 90 years of proved and potential supply—a number that is bound
to go up as more and more shale gas is found.

To have the resource base suddenly expand by this much is a game changer. But what is getting
changed?

It transforms the debate over generating electricity. The US electric power industry faces very
big questions about fuel choice and what kind of new generating capacity to build. In the face
of new climate regulations, the increased availability of gas will likely lead to more natural
gas consumption in electric power because of gas’s relatively lower carbon dioxide emissions.
Natural gas—fired power plants can also be built more quickly than coal-fired plants.

Some areas such as Pennsylvania and New York, traditionally importers of the bulk of their
energy from elsewhere, will instead become energy producers. It could also mean that more buses
and truck fleets will be converted to natural gas. Energy-intensive manufacturing companies,
which have been moving overseas in search of cheaper energy in order to remain globally
competitive, may now stay home.

But these industrial users and the utilities with their long investment horizons—both of which
have been whipsawed by recurrent cycles of shortage and surplus in natural gas over several
decades—are inherently skeptical and will require further confirmation of a sustained shale
gale before committing.

More abundant gas will have another, not so well recognized effect: facilitating renewable
development. Sources like wind and solar are “intermittent.” When the wind doesn’t blow and
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the sun doesn’t shine, something has to pick up the slack, and that something is likely to be
natural gas—fired electric generation. This need will become more acute as the mandates for
renewable electric power grow.

So far oniy one serious obstacle to development of shale resources across the United States
has appeared: water. The most visible concern is the fear in some quarters that hydrocarbons
or chemicals used in fraccing might flow into aquifers that supply drinking water. However, in
most instances, the gas-bearing and water-bearing layers are widely separated by thousands of
vertical feet, as well as by rock, with the gas being much deeper.

Therefore, the hydraulic fracturing of gas shales is unlikely to contaminate drinking water. The
risks of contamination from surface handling of wastes, common to all industrial processes,
requires continued care. Though fraccing uses a good deal of water, it is actually less water-
intensive than many other types of energy production.

Unconventional natural gas has already had a global impact. With the US market now oversupplied,
and storage filled to the brim, there’s been much less room for LNG. As a result more LNG is
going into Europe, leading to lower spot prices and talk of modifying long-term contracts.

But is unconventional natural gas going to go global? Preliminary estimates suggest that shale
gas resources around the world could be equivalent to or even greater than current proved
natural gas reserves. Perhaps much greater. But here in the United States our independent oil
and gas sector, open markets, and private ownership of mineral rights facilitated development.
Elsewhere development will require negotiations with governments and potentially complex
regulatory processes. Existing long-term contracts, common in much of the natural gas industry
outside the United States, could be another obstacle. Extensive new networks of pipelines and
infrastructure will have to be built. And many parts of the world still have ample conventional
gas to develop first.

Yet interest and activity are picking up smartly outside North America. A shale gas revolution in
Europe and Asia would change the competitive dynamics of the globalized gas market, altering
economic calculations and international politics.

This new innovation will take time to establish its global credentials. The United States is really
only beginning to grapple with the significance. It may be half a decade before the strength of
the unconventional gas revolution outside North America can be properly assessed. But what
has begun as the shale gale in the United States could end up being an increasingly powerful
wind that blows through the world economy. ~
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Public Service Company of New Hampshire Data Request TC-03
Docket No. DE 11-250 Dated: 08/24/2012

Q-TC-014
Page 1 of3l

Witness: Gary A. Long
Request from: TransCanada

Question:
Reference the attached 31 page power point from the legislative history of SB 152 from the 2009 session
of the NH Legislature, who produced this document? By whom was this person or persons employed 7
Who testified before the Legislature on this power point?

Response:
The document was produced through a collaborative effort of several people at PSNH. Gary A. Long
testified before the legislature on this topic, although his testimony did not present this document in
significant detail; rather, the document was provided to legislators and referred to during Mr. Long’s
testimony.
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Dated: 08/24/2012

Q-TC-014
Page 2 of 31
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Data Request TC-03
Dated: 08/2412012

Q-TC-01 4
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New Hampshir&s workhorse

Base load power plant that operates 24/7

— Coal4ired

— 433 MW net output

— Enough energy for 190,000 NH households

x~ ~5% of PSNH’s generation mix

— Meets or exceeds all environmental regulations

>> 20 years of progress guided by state and federal clean
power laws (NH Clean Power Act, RGGE, Mercury Law)
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PSNH customers have invested miHions over the years to upgrade
equipment and maintain Merrimack Station in top operating conditiorL
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In a 2006 law, the NH Legislature mandated that a scrubber be
installed as soon as possible, but no later than July 20.13

Even without the state law; the scrubber will be needed to meet
impending federal emissions requirements

PSNH is currently halfway through the six-year project

$230 million. (over half of the cost to engineer and build the scrubber)
has been spent or contractually committed

— This cost will have to be recovered from PSNH customers
whether or not the scrubber installation is completed
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Project 2006 2007 2008 2009 2010 2011 2012

NH Mercury Reduction Act

Preliminary Engineering C C C C

Program Manager Hired

Detailed Engineering C C C C C C C C C C

Major Contracts Awarded C C C

irPiWng
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Project Components

5 Major Contracts

2008 (firm 2005 (initial
price contracts) estimates)

Scrubber system, chimney, material handling, system, wastewater
treatment facility, program manager

Balance of Contracts and Materials

Ductwork foundations, booster fans and motors, electrical, site
work etc.

Owners Costs

~ Project financing, insurance, NU labor, and overhead costs

Escalation and Contingency

TOTAL

$213M $149M

$135M $48M

$80M ‘ $35M

$29M $18M

$457M $250M
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Economic and Commodity Volatflity

— Significant cost increases reflective of national and world
economy

— Increased financing costs

Site Specific Factors

— Scrubber must guarantee 85% mercury reduction

— Two power generation units of differing size must connect into
one sorubber system

Progression from ~nitia:I Estimate Phase to Design Phase

-~ Firm price performance-based contracts with vendor guarantees
have replaced initial estimated pricing

— Majority of project design completed, replacing preliminary
engineering used to determine initial estimates
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Cost risks for major components put on vendors, not customers

— Obtained firm price contracts for “critical path” components with
long lead times

— Developed strict performance criteria, and required performance
guarantees from vendors

At every step of the way, we have affirmed pricing to ensure it is in
line with marketplace

— Independent firms retained to provide market analysis and price
benchmarking in. 2005, 2006, 2007, 2008, and 2009

— Confirmed project costs are consistent with market prices for
projects of similar scope and size

Delayed subcontracts when possible to take advantage of
opportunities for better price negotiations
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PSNH has legally binding, firm price contracts in place for major
ëornponents of project

When the project Is complete, the NH Public Utilities Commission
will scrutinize every dollar spent on the project before any money
can be recovered from customers through PSNH3s rates

PSNH customers (esp. commercial customers) can switch to a
different energy supplier at any time to avoid paying costs
associated with the scrubber

The bottom line:
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— Installation of the scrubber at $457:M continues to be a better
option for PSNH customers than purchasing replacement energy
in the open market
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The only alternatIve to installing the scrubber is to NOT install the
scrubber

— $457M for scrubber is not transferrable to other clean energy
projects

Without the scrubber, Merrimack Station will be out of compliance
with state and federal laws, which would lead to a shutdown of
the plant

PS.NH customers could be on the hook for $300 million in
stranded costs, with nothing to show for it

— $230M for scrubber costs already committed

— $63M for .undepreciated cost of Merrimack Station in 2013
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No bill is necessary to understand the cost change outlined in
earlier slides
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What a study will NOT do:

— Change the cost of the scrubber

— Change Merrimack Station’s fuel source

— Provide accurate forecasts for the price of oil, gas, coal, or
financing rates

— Tell you what federal regulations will be passed and when

— Tell you how much renewable energy NH will build, where it will
be located, and when it will be in service

— Accurately predict the future

What a study wHI do.:

— InvIte lengthy speculation and create momentum to not install
the scrubber

— Set Merrimack Station on the path to a shutdown
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Dated: 0812412012
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Page 25 of3l
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Enhance and Expand
Energy-Efficiency Programs

~

Significantly Gut Emissions
at Existing Power Plants

Invest in Renewable
Energy Projects

Revise programs to
meet modern needs

Double inve~trnent in
elficioncy programs

Goal of quadrupling energy
savings for PSNH customers
by 2025

Install scrubber at
Merrimack Station

~ Pilot alternative energy
sources atPSNH facilities

-‘~s- Increase efficiency at
existing hydro plants

Small-scale projects
(e.g. solar panels)

Commercial-scale
renewable power plants

~ Import hydro power
from Canada

-~ Provide transmission to
connect customers with
renewable energy sources
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The Scrubber Project is NH~s Bridge to a Renewable Energy
Future

In the short-term, it is unrealistic~ to think that we can depend on new
renewable energy sources in NH to replace the power produced by
existing fossil fuel plants

It is important to make our existing power plants cleaner and more
efficient because they still provide most of our energy at the lowest
cost

Shutting down Merrimack Station would create needless economic
harm to our state at a time when NH citizens are fighting every day
to keep their jobs

We implore you to vote NO to Senate Bill 152 -- Voting in favor of
SB 152 is voting to shut down Merrimack Station,
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PowerAdvocate Inc.

Premier pr~vjder of suppIy-cjiai~i and sourcing solutions to enei~y companies

-. Direct experience on over 20 different FGD projects with 9 different companies in the
past 5 years

a Merrimack Station Cost Estimate

- 19 benchmark wet FGD projects were compared. to Merrimack Station

Owner’s costs and site specific factors were analyzed to make it “apples to apples”

- Benchmark projects were escalated to 2012 dollars (Merrimack Station’s projected
‘fl-Service date)

- Merrimack per kW cost of $580 is within both the benchmark range ($272-$704/I(W)
and median cost ($517/kw) of the other wet FGD projects

o Project Sourcing Process and Contracting Terms

- A procuremeiit strategy and competitive bid process were used to ensure cost controls
for customers

- Pe~orniance guarantees and cost risks were transferred to the key suppliers to provide
customer cost protection

o Cost Savings Opportunities Exist

- Market volatility and dropping cornrnodj~ prices provide near term savings
opportunities

$6M (35%) foundation contract savings
- Other savings opportUnities exist ~ PowerAdvocaj-e 31.
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A1’TACHMENT 25

ht~

Do~
In Re:

DE 1h250 PUBLIC SER VICE COMPANY OF N.H.

INVESTIGATION OF SCR UBBER COSTS AND COST RECO VERY

DEPOSITION OF: GARYLONG

September 16, 2013

SUSANI ROBIDAS, N.H. LCR

(603) 622-0068 shortrptr@comcast.net

(603) 540-2083 (‘cell1)

Original File 0916 l3GaryLong.txt
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TIlE STATE OF NEW HAMPSHIRE
BEFORE THE

NEW HAMPSHIRE
PUBLIC UTILITIES COMMISSION

Docket No. DE 11-250

PUBLIC SERVICE COMPANY OF NEW HAMPSHIRE

Investigation of Merrimack Station Scrubber Costs and Cost Recovery

PREFILED TESTIMONY OF MICHAEL E. HACHEY
ON BEHALF OF TRANSCANADA POWER MARKETING LTD. AND

TRANSCANADA 1-IYDRO NORTHEAST INC.

ATTACHMENT 25

Transcript of Deposition of Gary Long in this docket — September 16, 2013 —

link:
http ://www.puc.state.nh .us/Regulatorv/Docketbk/20 11 / 11-25 0.htrnl
October 11, 2013 entry in docket
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~U~pJJ~l. ~as~ ~

Exhibit ~o_~C

~tfl~SL~~
Date: March 1~, 2009
Time: 9:00a.m. ~~MFILE~
Room: Reps Hall

The Senate Committee on Energy, Environment and Economic Development
held a hearing on the following:

SB 132 relative to an investigation by the public utilities
commission to determine whether the scrubber
installation at the Merrimack Station is in the public
interest of retail customers.

Ivlembers of Committee present: Senator Fuller Clark
Senator Merrill -

Senator Lasky
Senator Cilley
Senator Odell

The Chair, Senator Martha Fuller Clark, opened the hearing on SB 152 and
invited the prime sponsor, Senator Janeway, to introduce the legislation.

Senator Harold Janewav. D. 7: I won’t begin in 1960, 49 years ago, when
the first unit began operations. Rather I’ll focus on the legislative history
that i~ relevant to what we~re talking about here today.

It begins in 2002 with House Bill 284, which was known as the New
Hampshire Clean Power Act. Gary Long was there for that, and has been in
attendance at all subsequent issues related to this.

Representative Jeb Bradley presented his bill to this same Committee, one
member of which now sits with distinction on the Public Utiitie~
Commission. In Bradley’s testimony, he discussed trading pollution credits,
energy effièiency initiatives and mercury. And here’s what he said.

He said: “... and lastly you will hear discussion that we’re not doing enough
on mercury control.” This was back in 2002. “Mercury is a serious
pollutant, it is a potent neurotoxin, has significant adverse health effects,
partfcularly for women of childbearing age and for prospective babies.”
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Testimony in the House indicated that the likely emissions from these plants
range from 30 lbs. of mercury emitted to as much as 330, and it was our DES
that estimated the higher number. In an EPA website, the lower number.
It is rational, therefore, to do what this bill proposes to do: test PS New
Hampshire’s facilities for the actual amount of mercury, wait for the EPA
regulations on mercury, which are expected to occur in the next several years,
and then devise a strategy that would have to come back to this Legislature
at some point in time for enactment in the future.

“That,” he said “is a rational response, especially in light of what you folks
and those of us in the House have done, which is fight for lower mercury
levels from the waste to energy facilities.”

So, the issue did come back to the Legislature four years later, and iL
appeared in the form of House Bill 1673, which had subsumed a Senate bill,
it was Senate Bill 128, with a similar thrust. And that was the bill that gave
Public Service of New Hampshire it~ marching orders in June 2006.

I want to just quote from the summary of that particular meeting, when
Senator Odell brought the bill to the floor on the Senate. He said: “This bill
provides for an 80 percent reduction of mercury emissions from coal burning
power plants by requiring the insta,llation of scrubber technology no later (
than July 1, 2013, and provides economic incentives for earlier installation
and greater reductions in emissions.” Incidentally, Senate Research has
compiled a full history of those two bills. It’s a rather substantial packet, but
certainly you’ll want to have that available to you as a reference as you work
your way along.

Clearly, the most frequently asked question that I get, in various forms, is
essentially “why stir the pot? The company is moving ahead as directed.”
“Get over it,” some of them add. And so I want to try to respond to that
question this morning.

First of all, the projected cost has, as I think everyone knows, risen sharply,
about 80 percent. I personally don’t feel that that’s the most important
issue, and it’s one that I suspect will be answered fairly fully today, but it
was one that certainly got everyone’s attention. An extra S200 million plus
is a sizeable sum. But I think more important, at least to me, is the fact that
there have been major changes in the fundamentals that do bear on this issue
since that particular action was taken. And so I would ask, in response to
the question of “why stir the pot,” I would ask, would you invest today based
on what you knew two and a half years ago or what you know now? And to
me the answer is, I would want to take into consideration those things that
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are known now before making my decision. So I’m essentially firmly in the
camp of those who believe that we should be open to new information.

So then the question is, what is new and what is relevant? My answer, I will
try to keep it brief, but is fairly detailed. First of all, the industry is
undergoing much change, and more in recent years than probably in multiple
decades prior, to when it was a fairly simple business and was all regulated.
Oversimplified, back in the perhaps good old days, the more power you sold,
the more-plants you-could build,~~~~the larger-the investment base on-which you
could earn a return, This was the “live better electrically”era. Then came
deregulation and things got messy, But none of that is particularly new.

But there are new things that have developed over ~he past two and a half
yeais that we ieally do need to think about Fnst of all, the em nonmental
pressures have ramped up considerably. Even with the Bush
Administration’s denial of many environmental issues and climate change,
these things have built up during the past few years and it is clear with this
change in administration that we now have, we now face considerably more
regulation and more pressure to act. Coal plants) the best of them, still emit
substantial pollutants of various sorts, as you well know. They’re a major
source and are going to come under special pressure.

Another issue that’s become substantially more of a factor thanit was in past
years is this whole question of energy independence. Where do we get our
energy from? And that brings in the drive towards renewables. As many of
you know, we have a goal of 25 percent renewables here in New Hampshire
by 2025. We’re a fair ways from that now, but that’s something that clearly
is going to be a factor, and coal definitely is not a renewable. The carbon
dioxide, which has been a major force and continues to be a major force in
climate change, is going to come under pressure. I think there’s, most people
would agree, there’s a high likelihood that we will see a cap and trade
program from, which attempts to deal with that issue, The evidence for
climate change, unfortunately, continues to gi~ow.

Efficiency is something that has become mOre evident over the past few
years. Efficiency measures are now paying off, and we’re actually seeing a
change in the long term growth curve in the demand for electricity a-s a result
of that. But the whole efficiency thing is really just beginning to break
through. The potential savings in commercial buildings, in homes, and these
aren’t efficiencies that mean turning off your heat or turning off your lights,
it’s just investing in efficiency measures that are going to make a substantial
difference and are going to bend the growth curve as we look out into the
future.
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So the slowdown in demand for electricity that we’ve seen over the past year
or more, while it’s been exaggerated by the slowdown in the economy, has
more to it than that. Texas Utilities for instance, one of the major utilities in
the country, I think reported a six percent decline in sales last year, closing a
number of plants. This is something that’s going on industry-wide. So we
have to think about the effects of efficiencies. The Obama Administration, as
I’ve mentioned, is now pushing incentives for greater sustainabiity and
connected to that, I would say, is the prospect for a substantial number of
jobs. Many of the programs that we’ve seen in the stimulus program that
will come to New Hampshire will bring some money to areas where there can
be a lot of good jobs and a lot of substantial benefit.

Another thing that we have to factor in is the likelihood of high, increasing
standards, higher thresholds for mercury, among other things, that will face
us in the period ahead. So I think it’s important when we look at this issue
that we keep that in mind. I don’t see this as really two paths that diverge,
one good, one bad. We’re still, it’s still really one path, but I think the path
that we’re moving along is moving through a landscape that has changed
dramatically.

So the question is, do we adapt and adjust to that changing landscape or do
we essentially go ahead without consideration to what’s happeulng all around (
us? And that is essentially what needs to be studied. I know that it’s hard
to swallow, even for the short term, because it’s a major project and it’s been
a long time in building and it’s underway. But I feel very strongly that what
we’re seeking here, which is a study, a relatively short study, is necessary.
And I think that that’s the least that we can do for the ratepayers. I’m
reminded of an old musical which was called “The Hing and I,” which was
about the king of Siam and he had a governess he brought in to raise his
kids. And the governess taught him that most of his views were totally out
of line with reality and eventually he was brought around to her way of
thinking, and there was a song in that where the refrain was, “I think I want
to think it through again.” So all I’m asking is that you give us a chance to
think this through again. Thank you.

Senator Martha Fuller Clark, D. 24: Thank you very much, Senator
Janeway. Are there questions from the Committee? Senator OdelL

Senator Harold Janewav. D. 7: Good morning.

Senator Bob Odell. D. 8: I appreciated very much the history of the
background on this legislation, because I think that’s very important, about
where we’ve come from. And I was going to ask that question had you not
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raised that. But I also want to add a couple of statements and then ask for a
response.

And that is that in 2006, the vote on the Senate floor was 22-2 to go forward
with the scrubber, and let me put it in the simplest of terms. There was a
different party in charge at that time, the Republicans were in the majority.
I chaired this Committee, for example. We became convinced, that is some of
us, that the public health danger to children and young women of
childbearing age was so compelling that we needed to take action~ right then.
Two hundred and fifty million dollars t.o me sounded like a huge amount of
money, huge amount of money. But I think of the child that is born today or
a mother about to conceive in Manchester or in some other community east of
here, and I say if that child’s public health interest, the prevention of cancer,
was to be $1.00, I would be ~it. But fbr each of those children, i~he price
was $2.00, I would still be for it. This to me is a public health issue. We
fought very, ver hard to get consensus within both parties to pass this bill.
We understood there would be new technology, new advances, but we didn’t
want to do exactly what’s happening in this room today, consider putting it
off one more time, over and over again.

And it’s come me not as a debate about public health, but when a lobbyist or
the advocates of your bill drive to Lempster, New Hampshire and sit down
and say we represent commercial ratepayers. And I say, who ratepayers?
Well, 28 ratepayers, commercial ratepayers. And I say okay, I represent
55,000 people here who are worried about jobs, they’re worried about public
health, they’re worried about cancer, they’re worried about pollution. And I
just have the greatest trouble of going back and looking at what we went
through in 2006, which I think was one of the high points of m~ time in the
State Senate, passed this bill, and then come today, have somebody say, oh,
but you might have not known enough to go forward.

I know something about young people and children who suffer with cancer.
We had a presentation yesterday morning about CHAD. We saw two
children with cancer. If I were to be here today and not do everything I can
to get this sbrubber up, inadequate as it may be, I think I would have failed
the mission we adopted as a policy of this State of New Hampshire in 2006.
I just come to you today and I would say, Senator, would you consider letting
us go ahead with the scrubber, meanwhile, go ahead with the study on the
side. Three months, six months, whatever it is. fd rather have you do a
good study, but let’s get on to the scrubber from the standpoint of public
health, nothing else. Two hundred fifty million, flve hundred million dollars,
children, women who could be pregnant, cancer, I just can’t turn back.
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Senator Harold Janewav. D. 7: That’s a good statement and I can’t
disagree. There’s nothing in this bill that actually says stop. It says please
study. And I agree about mercury. I think, when I. think about dealing
with this mercury and you think about trying to remove whatever, 80 percent
of 140 lbs. out of~ I’m not sure of the arithmetic, I think it’s a billion pounds of
coal, I don’t see how it works, but it does take some major action to do it. So,
as I say, please, the bill does not require a halt.

Senator Martha Fuller Clark, D. 24: Follow up?

Senator Bob Odell. 0. 8: That’s fine.

Senator Martha Fuller Clark. 0. 24: Aie there additiOnal questions from
members of the Committee? Thank you very much, Senator Jane*ay.

Senator Harold Janewav. D. 7: Thank you, Senator Clark.

Senator Martha Fuller Clark. D. 24: I’d now like to call upon Senator
0-ats as.

Senator Theodore L. Crat.sas. D. 16: Thank you, Madam Chairman,
members of the Committee. I’m Senator Ted G-atsas, I represent the towns
of Dunbarton, Bow, Hooksett, Candia and Wards 1, 2 and 12 in Manchester.
I’m here to speak against both the bill and the amendment. I think the
Committee needs to consider some things. You have an amendment before
you that says, and we’ve heard that possibly they could report out in 90 days.
There was different testimony that came out in the House hearing a few days
ago. At the end of 90 days when you get that report, what do we plan on
doing? Calling a special session to close the project? Being here in the same
position we are today? We have a project that’s going at full force. By
October, it’s going to be well into the project. So what are we attempting to
do at that time?

Anti Senator Odell, I’d like to, because history is very important. And I
think that we need to talk about the history of this bill from the beginning,
because in the Senate, House, Senate Bill 128 was before the Senate and I
was on Energy, on that committee, and Senator Johnson was the Chairman.
We listened to testimony and we saw sheets that were passed out of the red
zones in the State of New Hampshire. Those red zones were very apparent
in Raymond-Exeter. They were absolutely fire red. I think it’s important
that we all understand that this is a health issue. This was about taking
mercury out of the air, not anything else.
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There was an amendment that came out of that committee on Senate Bill
128, and what it. said was that the total mercury emissions from all affected
sources, burning coal as a fuel, of 50 lbs. per year beginning July 2008. So
the amendment that came out of that Senate committee forced Public Service
to remove mercury by 2008. Well, that got everybody’s attention and it got. it
pretty quick, because the acceleration that we had in that bill was that all
mercury would have been removed by 2011. So that’s the true history of the
bill, and that’s what got the sides together at a table. An environmentalist
coming in and saying, that’s a great amendment; we’re thrilled to death by it.

I think another important issue is that when you talk about history, that
there is a committee report on Senate Bill 128. And there were a lot of
questions asked and a lot of discussions. I think the most important one,
though, is that when you go hack,~ and I’m goingto quote, the Conservation
Law Foundation came in and they were discussing the legislation. And
here’s the question:

Senator Gatsas: Thank you, Mr. Chairman. And I quote: “Do you know
that a dollar increase is a 15 percent increase on rates? Do you believe that
the ratepayers should absorb all of that?”

That was my question to Ms. Gerard.

“Well, right now the law says they would. But I believe the ratepayers have
absorbed it in the past and probably should. I will say this, though, after
Representative Hennessy’s remarks.”

So at the time when we heard that it might be a dollar and there was not one
question about a $275 million cost. That was an awful lot of money back in
200.5, and nobody raised the question about cost.

So the amendment and the legislation do one thing — kind of look, turn back
the history of time and look at Seabrook. Delays there cost an awful lot of
money to ratepayers throughout the State of New Hampshire. There is n~ore
cost and less study of RGGI. We passed a piece of legislation last year called
RGGI. There was less study. This bill, when it came through the Senate
about removing mercury, took two years to look at. The cost to the
ratepayer.s in the State of New Hampshire with the cost of RGGI is going to
be more than what the scrubber costs us. The difference is, that in the RGGI
costs there’s no CO2 that’s coming out of the air, there’s no technology that
takes CO2 out of the air. There is technology to take mercury out of the air
and save lives.
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I know that people may be a little co~used of why I’m standing here and (
supporting Public Service and their efforts to move forward. I think Gary
Long and I have had our discussions in the past about what ratepayers
should be paying and what they shouldn’t be paying. But there is a time to
talk about pruclency and that’s when the project is clone and costs are in.
And maybe at that time I say, well wait, the ratepayers shouldn’t be paying
for all of this, the stockholders should be paying for some of it. But none of us
should take a position today to stop the project, until that project is
completed and we have an understanding of what the cost is. Because then
maybe Gary Long and I will have a difference of opinion. We’ve done it in the
past, but now I stand with him and say that that project needs to be
completed because for every home in the Town of Bow, if that project is closed
and Public Service closes Merrimack Station, for every home that’s assessed
$300,000 in the Town of Bow, it’s an increase of $800 a year in taxes.

Let’s not forget the railroad that delivers the coal. My bet is, that’s a primary
source of income and they may not be going up that railroad much longer.

So we don’t need the PUC to look at it. They’ve looked at it. As a matter of
fact, they probably might take 84 sessions like they did with energy efficiency
to come out and tell us how to spend the money. It’s probably going to take
84 sessions for them to study what to do with the RGGI money. So, we don’t (
need delays. We don’t need the closing of the Merrimack Station. We need
this project to move forward. Thank you.

Senator Martha Fuller Clark. D. 24: Thank you, Senator Gatsas. Are
there questions from the Committee for Senator Gatsas? Seeing none, I’d
like to call upon Senator Letourneau.

Senator Robert J. Letourneau, D. 19: Good morning.

Senator Martha Fuller Clark, D. 24: Good morning.

Senator Robert J. Letourneau, D. 19: Good morning, members of the
Committee. Senator Odell, I remember very well serving on that committee
when you were Chair, and I remember the bill passing and the discussion
that took place. Today is a whole different discussion.

Madam Chairman and members of the Committee, for the record, I’m Bob
Letourneau and I represent District 19, the towns of Derry, Hampstead and
Windham. I believe this legislation poses a great risk to the residents of my
district at a time we can least afford it. As you may know, the electric
market reliability, ability has been a concern of mine throughout my tenure
in the Legislature. That said, I have admired the way the Legislature,
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regardless of political party or ideology, has been able to move New
Hampshire forward on energy issues without creating undue risk for our
state. While other states have rushed forward with untested policies or
ideas, they have many times resulted in drastic results and costs. We have
remained steady. determined and cautious in our movement forward.

I believe Senate Bill 152 will take New Hampshire down a new and risky
path, where the foundation of our energy infrastructure is left exposed and
u~table in a way to force our state ina~new and untested and~unreliable
direction. While the stated purpose of this bill seems harmless, in reality it
would create a scenario that will create greater costs for New Hampshire
ratepayers, less energy security for our state as a whole, and the elimination
of several hundred jobs. I supported creation of renewable energy because I
want to see New Hampshire and tha UnitedStatesmore relianton domestic
energy sources.

However, as leaders of New Hampshire we need to be honest about the
challenges and hurdles that confront the development of renewable energy in
our state, Many of the same challenges that confront fossil fuel generation
also confront biomass, wind, hydro, solar. Some of the same interests here
today opposed to the installation of environmental upgrades at the
Merrimack Station are also opposed to the construction of a wind farm in
northern New Hampshire. Political, environmental and financial,
geographical hurdles all stand in the way of renewable energy.

I have brought along several copies of a column in the Wall Street Journal
last week on the development of renewable energy in this country, and you
have it there in my testimon. And while there were many issues raised in
this piece, the one thing that struck me was the statement that we are
tearing down more hydroelectric generation than we are building. Two years
ago, this committee had considerable debate over a bill that I brought
forward to allow a regulated utility to build one renewable energy project in
the North Country. At the time, we were told that a tremendous progress, an
opportunity that was happening in that part of that state, and that we should
not allow a regulated utility to upset the great progress of the merchant
developers - Tamarax’ Groveton biomass project, Noble’s wind farm, clean
energy development, Berlin’s biomass project and Laidlaw’s Berlin biomass
project. There are a variety of reasons why these projects have either died or
moved at a very slow pace. But the bottom line is, we have not seen the
boom in renewable energy that was predicted four years ago or even two
years ago. While the ISO New England lineup may be filled with projects,
how many of these projects will actually get built? One in 25? One in 15?
Generally, the odds are not that good.
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I also want to talk just a little bit about cost. For anyone who deals with
construction, the idea that costs have escalated tremendously over the past
two years should not be a big surprise. In my capacity as Chair of the
Transportation Committee, the issue of construction costs has driven our
policy development for the past two years. For example, in 2006 a ton of
liquid asphalt cost $250. Last summer, that cost had risen to approximately
S850 a ton. Cost increase for steel, concrete, gravel and labor are all well
-known. In the light of these cost increases, the bipartisan approach that we
have taken is to make sure that the foundation of our transportation
infrastructure is maintained and secure. I would suggest to you making sure
that our state’-s primary base load power plants remain stable, secure and
viable. It is the best way that we can protect our energy infrastructure
during these difficult times, as well as position our state for economic growth
into the future.

~Te should also view the cost of the environmental upgrades at Merrimack
Station in the light of other energy projects that are happening in New
Hampshire. Consider that we are talking about spending $450 million to
ensure a 440 watt, megawatt base plant that runs 24/7, remains secure,
viable and reduces its environmental impact. In the North Country,
developers are talking about spending $250 million on an intermittent wind
project that will produce one-tenth the electrical output of the Merrimack
Station. Increases in construction costs are impacting all aspects of
construction, even renewable power development. Again, I am in support of
renewable energy, and I want to work towai’ds a renewable future in New
Hampshire. But those of us in the Legislature need to be realistic about
where we are today, the cost of achieving a cleaner future and the hurdles
that stand in our way. And I’m sure you will hear from countless experts
today what our energy future holds. And I can tell you from my expert
opinion, and that was gained from unfortunately from age, is that nobody
knows what the future will hold. We don’t know what the costs will be, what
regulations will be enacted, what new technologies will be developed and I
don’t know where we will be next year, needless to say, that we will be in 10
years , or where we’ll be in 10 years. When it comes to energy, all we can do
is try to expose our constituents to as little risk as possible as we progress
forward. And we can do that by defeating Senate Bill 152.

Last, but most importantly, we have recently learned that this bill would.
jeopardize up to 1,200 jobs in New Hampshire, as evidenced by the hearing
here today. Considering the economy and almost seven percent
unemployment rate, this is exactly the wrong bill at a time when New
Hampshire is facing the highest unemployment rate in 15 years, and I
respectfully urge the Committee to find Senate Bill 152 inexpedient to
legislate. Thank you.
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Please see Attachment #1, Senator Robert Letourneau’s testimony.

Senator Martha Fuller Clark. B. 24: Thank you, Senator Letourneau. Are
there questions from the Committee for Senator Letourneau? Seeing none,
I’d like to call upon Representative Pat Long.

Renresentative Pat Lona: Thank you, Madam Chair, honorable Senators.
First, I’d like to publicly thank Public Service Company of New Hampshire.
Not for jobs, not for good jobs, but for family sustaining jobs, family
sustaining wages, family dignified heaithcare in pride and independence with
enalneers. Not to mention the training.s that are involved with the
agreement that they have made with the contractors.

I’m not going to reiterate what has already been said. However, I do have
concerns when I read, when I read of reasonable anticipated environmental
compliance costs. Reasonable is a tough word. When I read of the
investigation shall be completed as expeditiously as possible but give the
report within 90 days.

My expertise here today is not on, is not on the energy, energy field. My
expertise is on jobs. And I’m not sure if you could put yourself in a position
where, for six or seven months, you’ve been collecting unemployment and
then in these tax times, you’re looking, at paying your taxes on this
unemployment. Obviously, you’re looking at families that are taking three
to four weeks of that unemployment pay to pay their taxes on. By no means,
I want you to think that my main focus is on jobs and jobs alone.

However, in this economy, on March 13, 2009. when I have an opportunity,
when I have an opportunity to, when I have a choice that I have to make or
my constituents have to make, with several of them are here, whether they
want to plant a tree or whether they want a job, today I would say that they
would like a job. That doesn’t demise, that doesn’t diminish them as to
wanting clean air. The fact is, the reality is, their desperation is for work in
these times, and with that I’ll let you know that I’m opposed to this Senate
bill and I’m sure that you’ll do your due diligence in listening to the
testimony and execing this bill out as ITL. I thank you very much fo~ your
time.

Senator Martha Fuller Clark. D. 24: Thank you very much, Representative
Long. Are there questions for the Representative? Seeing none, I’d like to
call upon Representative Chris Hamm.
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~gpresentative Christine Hamm: Thank you, Madam Chair, and members
of the Committee For the record, I am Christine Hamm and I represent
Merrimack District 4, the towns of Hopkinton, Warner and Webster. And
I’m here today to ask for your support for Senate Bill 152, which was drafted
in an attempt to adhere to the conditions established three years ago with the
passage of HB 1673. That bill’s slate of sponsors ran the gamut from those
with pragmatic business interests to visionary environmentalists, and was
hailed at its passage as a bipartisan effort towards reducing mercury
emissions in the State of New Hampshire. As a House member, I voted for
HB 1673 because I thought it was a necessary step forward. It had required
negotiation and compromise. It promised to reduce mercury emissions
throughout the state, most signiñcantly at Merrimack Station in Bow, the
largest single source of mercury emissions in this state.

Today, three years later, I come to you because I believe that the expectations
we had for this bill have changed and that we’re now in a different place. In
the text of HB 1673, part V, the bill note~ that the installation of scrubber
technology will not only reduce mercury emissions significantly, but will do so
with reasonable costs to consumers. Although the phrase “reasonable costs
to consumers” may sound amorphous, for those involved, including the
members, some of the members of this Committee, it did in fact have a
specific number attached to it. We know this from a letter, which I can
provide to the Committee, from Michael P. Nolan, then the Commissioner of
the Department of Environmental Sciences, to Senator Bob Odeli, then the
Chairman of this Committee. That letter, dated April 11, 2006, states:
“Based on data shared by PSNH, the total capital cost for this full redesign
will not exceed $250,000,000 in 2013 dollars, or $197,000,000 in 2005 dollars,
a cost that will be fully mitigated by the savings in 5Q2 emission allowances.
Commissioner Nolan sent this same letter to Representative Larry Ross, who
was the Chairman of the House Committee on Energy, on Science,
Technology and Energy, and that letter was dated January 12, 2006.

Today, when the $197,000,000 2005 figure has already jumped to
$457,000,000 in 2009 dollars, it’s clear that the original expectation of
$250,000,000 in 2013 dollars is beyond reach. $250,000,000 is a big number,
and so is $457,000,000 It’s a little taxing for us mere mortals to
comprehend it. So it seems useful to try to put these numbers in context.
As members of this Committee know too well, New Hampshire’s shortfall for
the biennium was recently projected to be $500 million. Yet, as legislators
have contemplated what to do about that, taxing our citizens to make up this
difference has never seemed a viable option. Why then wouldn’t we at least
take the time to hesitate before holding our state ratepayers, these same
citizens, accountable for a similar sum? Again, to put $4.57 million in
context, this legislator, Legislature has heard from a group of private
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investors to say they would be willing to invest $450 million into Rockingham
Park, making that project the second largest capital investment ever made in
this state. Seabrook was the largest. Yet, $450 million is still $7 million
shy of the $457 million projected to install filters at Bow to mitigate only part
of the emissions from Merrimack Station.

Additionally troubling is the fact that as these costs have risen, the
Legislature has remained in the dark. An annual report, filed by
Chairwoman Naida Kaen of the House Science and Technology Committee on
behalf of the Electric Utility Restructuring Legislative Oversight Committee,
notes that at the Committee’s June 18, 2008 meeting, “There was no cost
information provided to indicate a significant departure from the projections
made in 2006.” Again, I can provide this to you. PSNH reported the project
costs would be updated with areview of major equipment bids. Despite the
cost increase announced six weeks later on August 1, 2008, this report filed
on November 1~ of that year does not contain the update.

Further, it is important that this committee consider that there has been no
review of this cost increase by any state agency. PSNH says that the Public
Utilities Commission will review the cost in an after the fact prudency
review. But how prudent is that? Why not now instead of later, when it will
be too late, too expensive to change course? With no cap on costs, we have to
wonder, at what point do we reach our limit? How much is too much to
spend to rejigger a 40 year old coal plant at the end of its life span? Is nearly
half a billion dollars the best use of anybody’s money to produce 430
megawatts of electricity?

In September of last year, similar questions were brought to the PUC, but it
concluded it did not have the authority to determine whether the scrubber
project is in the public interest, finding th~.t the Legislature had already
made that decision by passing HB 1673. This legislation is being put
forward to enable the PUC to go forward with that analysis. As I said
earlier, HB 1673 was a major step forward for its time. But now the decision
this Committee makes on whether or not PSNH should go on with installing
scrubbers that currently cost 83 percent more than anticipated and whose
final cost is yet to be determined, will be key to whether that step forward
proceeds down the right path.

We live in New Hampshire, famous for Robert Frost’s crossroads in the
woods. I believe New Hampshire is now at an energy crossroads, at a new
place in our understanding of the importance of our energy sources. Since
2006, riot only the cost but also technologies have changed, and so have the
political realities in the regulatory landscape. We now understand that
there are other less expensive alternatives, such as activated carbon

001054



~fi~v
14

injection, that could address these emissions less expensively. We also
understand that we must address other emissions, including CO2 emissions.
It appears likely that the new administration plans to have a carbon program
in place by 2012. In addition, the EPA will likely introduce new mercury
rules, which could mean that the emissions reduction provided by this new
scrubber will not adequately comply with EPA standards. As we’ve heard in
testimony on a related bill’ in the House, that would ‘mean additional controls
and additional costs for ratepayers.

To go back to HB 1673, I draw your attention to part VI, which notes that the
installation of such technology is in the public interests of the citizens of New
Hampshire and the customers of the affected sources. Again, I believe that
when this was passed, that public interest was served. But now that the
balance between cost and results has been skewed and it is clear that
additional improvements will have to be made at additional cost, we have to
wonder whether or not going forward with the installation remains in the
public interest, and that is what we want the PUC to review.

As the bill states, as legislators our first concern should be the citizens of
New Hampshire and PSNH’s customers. I believe this Legislature, but first
this Committee, needs to consider whether the agreement forged in HB 1673
is still in the best interests of New Hampshire’s citizens and PSNH’s
ratepayers. The sponsors of this bill are not alone in thinking it is not.
Currently there are more than a dozen pending dockets, cases and permits
relating to Merrimack Station, ranging from a Thle V permit under the
Federal Clean Air Act; to a case before the New Hampshire Supreme Court
filed by the commercial ratepayers group; to guidance memorandum from the
EPA requiring PSNH to apply maximum achievable control technology
retroactively to 200ö, something that the scrubbers as currently configured
do not achieve; to another case filed. jointly by the Conservation Law
Foundation and Freedom Energy, questioning the legality of the new turbine
which increased the output of the plant and was installed without DES
permits in April 2008; to a PUC order requiring a study and economic
analysis of retirement for any unit in which the alternative is the investment
of significant funds to meet new emissions standards and/or enhance or
maintain plant performance; to the Obama Administration’s announcement
of a new federal CO2 program; to a pending report from the Governor’s
Climate Change Task Force.

Clearly, in the three years since HB 1673 was passed, the ground has shifted
and clearly there are many important questions to be answered. Clearly our
constituents, the PSNH ratepayers, deserve the same kind of cost benefit
analysis for an expenditure of this magnitude that PSNH would undertake
for its shareholders. Four years from now, or 15 years from now, as energy
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rates rise into the stratosphere, we simply cannot tell our constituents that
although we knew of these coming federal changes, the pending issues with
the plant and the 83 percent cost increase that has not yet been reviewed, we
did not review our options before going forward, No one is talking about
doing nothing. Clearly, it is our job to make certain that the ratepayers of
this state are protected, at the same time ensuring that our energy sources
have the smallest possible environmental impact.

L urge this Committee to take these responsibilities seriously. Recently,
representatives from PSNH reminded us that New Hampshire led the nation
by passing the Clean Power Act in 2001. Let’s not see that tradition, one
that all of us have the right to be proud of~ go up in smoke. Thank you very
much.

Senator Martha Fuller Clark. D. 24: Thank you very much, Representative
Hamm. Are there questions from the Committee? Senator Lasky.

Representative Hamm: Good morning.

Senator Bette R. Laskv. D. 13: We have before u.s an amendment which
replaces the bill, and I forgot to ask Senator Janeway about it. But I
wondered if you could point out the significant. differences in the amendment,
as we were just given it this morning?

Representative Hamm: You should- ask Senator Janeway rather than me.
Okay, I was involved a little bit at the beginning of this and then he, I have
read the amendment as he’s shown it to me, but I’m not the one to really talk
about the differences.

Senator Bette R. Laskv, D. 13: Thank you.

Senator Martha Fuller Clark. D. 24: Senator Janeway, would you be able
to answer that?

Senator Harold Janewav, D. 7: I can’t, without the prior bill, give you
precise. There were changes that were designed to make sure that the PLJC
wasn’t forced into the longer, sort of more formal process, and other than
that, really the thrust of it remains the same. I’ll see if I can get for you.
Actually there were a series of modest tinkers that were made as we moved
along. I’ll try to get a full set so you can see how that went, if that’s alright.

Senator Martha Fuller Clark. D. 24: I guess I’m elected. Senatbr Lasky,
does that answer your question?

001056



16

Senator Bette R. Lasky. D. 13: Certainly. Thank you, Senator Janeway.

Senator Martha Fuller Clark. D. 24: Sena~r Janeway, I do have a question
for you, which was raised by Senator Gatsas. Is once, if this bill were to go
forward, once this study was finalized, how do you believe that it would be
useful to the Legislature and to all of the citizens of New Hampshire~and our
constituents?

Senator Harold Janewav. D. 7: Well, my first answer to that is that I think
we all need more information and so that shinitig a light on the issue would
be helpful to everybody, whether it goes forward Or not. So I think there is, if
you will, an educational process that would be part of the outcome here. I
can’t predict exactly what follow-up measures would take place. It may be
something that would come forward in the subsequent sessions, but I don’t
see how there would be anything immediate or dramatic.

Senator Martha Fuller Clark. D. 24: Follow-up. I know that one of the
concerns of many of the people here today are that this bill is a thinly veiled
attempt to close down the scrubber. Would you be able to speak to that?
And what, I guess that’s my question to you.

Senator Harold Janewav. D. 7: I certainly don’t see it that way and that
wasn’t the intent. We’re looking for more insight, more information, more
perspective. I think there, I’m pretty sure there are people who support this
bill who would like to see that happen. I’m not one of them. The sponsors
aren’t in that position, so it’s somewhat, I’m inclined to say, a way of trying to
trash it when that is not the intent.

Senator Martha Fuller Clark. D. 24: Thank you. Additional questions?

Senator Bob Odell. D. 8: Thank you, Madam Chair. Representative Hamm
(INAUDIBLE), I think Representative, Representative Hamm mentioned
this issue of prudent cost. When does this, if this is a, I’m trying to get from
a very simple example, the 90 day process, if I’m understanding...

Senator Harold Janewav. D. 7: Correct.

Senator Bob Odell. D. 8: .. ,but as you go through this prudent cost aspect
of this, how do you, what happens if you say it’s a little imprudent or not a
little imprudent? Where are we at that point, and I do go back to Senator
Gatsas as a follow-up to the Chair, so then what do we do when September,
October, November of this year, with whatever we have as far as
information? How does that ennoble (sic) this body, the Legislature, to do
something?
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Senator Harold Janewav. D. 7: Well, I think it’s so much, we’re all having
trouble, it’s not so much focused on the costs of the scrubber project, it’s going
to be what it’s going to be. It’s more, what does the commitment to that
scrubber imply in terms of future costs if other measures that I referred ‘to as
possible, say the EPA decides that the mercury limit should be 90 percent or
95 percent instead of 80 percent? Or if water temperatures require, and
other ~such things, require additional investments? So it’s looking beyond
the, the hope is that the study will look at the possibilities beyond the
scrubber that ~‘ould lead to substantially~highGr costs; And. you’ll hear
testimony on that, I think, from others today.

Senator Bob Odell. D. 8: In a practical way, what I’ve heard from some
today is quite speculative about what EPA will do, what this organization is
going to do, what the standards are going to be due (sic), whatthe changes
are going to be due (sic). Let’s say we go 90 days and we have this study
parallel to activity at the site, and then something changes on the 93rd day
after the study is going on. And this seems to me as if it’s always a moving
target, there’s going to be dramatic changes as we go forward. I think no
one’s learned quicker than President Obama that. things don’t happen on his
schedule. There’s Congress and there’s a lot of other factors at play here, but
somebody has picked. an arbitrary 90 day period, if I’m correct, to assess this,
and I just don’t know how you put a deadline on a ~500 million project and
say okay, at, in 90 days we’re going to be able to tell you that here’s some
plausible, I think that’s the term here, plausible situations that might evolve
in the future. And I don’t know how far out the future is? Is that one year,
two years, twenty~five years? And I guess that’s the question.

Senator Harold Janewav, D. 7: Yeah.

Senator Bob Odell, D. 8: How does this really fit in with the reality of a
$450 million project?

Senator Harold Janewav, D. 7: Well, I agree nothing is certain in this life
or in this world. But our concern is that there hasn’t been any attempt at
this point to look at those other potential things, and the EPA, for instance,
has already made some, taken some action that points to, ~ou know, stricter
standards, There are, it’s far less likely that, most of, a number of them
relate to new coal plants rather than existing coal plants, but there are, the
direction in which the EPA is moving is pretty clear. And 90 days just
seemed like enough time to assess what we know now, as opposed to, and
look at that, compared to what was known when your bill, which I fully
supported from the outside back in ‘06, did. So it’s an update, let’s just look
at this and be sure we’ve thought it through.
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Senatbr Martha Fuller Clark. D: 24: Senator Lasky. Thank you. (
Senator Bette R. Laskv, D. 13: Thank you, Madam Chair. Senator
Janeway, as I see in the amendment and as I’ve seen all along in looking at
this project, is one of the major questions I believe that’s still out there, is the
projected costs of supplying customers with purchases in the wholesale power
market. And that is one of the things that you want to analyze. Do you
have any projected figures as to what that might be now, as opposed to, you
know, going ahead with the scrubber?

Senator Harold Janewav. D. 7: Thank you for the question. There are
current costs in the purchase power market which others will be able to
speak to. They’ve come down quite substantially with, in line with the
surplus of capacity that has developed. ISO New England, which is the outfit
that collects all the data on New England’s power pool, has estimated that
there are, there is the equivalent of perhaps seven Merrimack Stations
surplus capacity right now. And even future, projected out, I think three
years or so, so that has pushed down the price, but others who you will hear
from later can provide more detail on that.

Senator Bette R. Laskv. P. 13: Thank you, I will ask them. Thank you.

Senator Martha Fuller Clark, P. 24: Thank you. Other questions? Let us
move forward. Representative Walz.

Representative Mary Beth Walz: Thank you, Madam Chair.

Senator Martha Fuller Clark. D. 24: INAUDIBLE

Representative Walz: I will not, although I do intend to answer some of the
inaccurate information that m~ predecessor had stated. So to that end, I
would like to thank the Committee. I am Representative Mary Beth Walz. I
represent Merrimack County District 13, which includes the towns of Bow
and Dunbarton, so the plant is in my district.

And with that, I might add that this is a plant I’ve been familiar with since
well before I was elected to the Legislature. I probably had my first tour of
the plant about 15 or 16 years ago, and over time I have followed that plant
and come to understand a lot about it, including how the darn thing runs,
And so I’m more than a little familiar with the plant and how it fits into
PSNH’s plan for power in New England. So I do not come at this as green as
perhaps some of my fellow representatives.
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Well, Pd like to start off and say that I am quite alarmed by the fact that we
have this bill before us at all. I find this incredibly disingenuous of the
environmentalists to be bringing this huH forward at this time. I, too,
remember, as was testified before, that three years ago this bill was touted as
a huge success, because we brought the environmentalists, we brought the
company and we brought the Legislature to the table and we all came to an
agreement. We all looked at all those factors and came to this agreement
that allowed the company to move forward at what was going to be great
expense to them, but it- also cleaned up the -air of mercury--This plant~s going
to take 85 percent of the mercury out of the air. It’s twice as good as any
carbon injection system, that has been referenced earlier. I know
Representative Hamm suggested carbon injection. This reduces twice the
mercury any carbon injection system can. The company worked with EPA on
carboninjection- systems and -this is--the- best way--to- get mercury-out--of--the
air. So this was a great plan that moved this forward after carbon injection
systems, and said this is the way that we can get the most mercury out of the
air.

So, then I looked at this bill, and this bill, the original bill said what is in the
best intere-sts of the retail customers? So I looked at the bill initially in that
respect, and we know that we need reliable, economical base load power in
this state. And I heard testimony up here from Senator Janeway before,
that we have an excess of power in this state, I sat there stunned! Stunned!
Does he understand this winter how close we came to not meeting our load
need? There are jet engines at the Merrimack power plant. I didn’t know
this until recently. There are jet engin~s that have been there since the
1960s, and when~the plant itself, and when all the plants that are fired up in
New England can’t meet the base load, they turn those jet engines on, and
somehow beyond my knowledge, they can generate electricity using those jet
engines. This winter, they were running those jet engines! We didn’t have
enough power on some of those cold mornings to meet the power need-s of
New England. They had to turn the jet engines on! Where does (inaudible
(1:01:20) we’ve got seven times the load of Merrimack excess in New England
comes is well beyond me, because the experience of thi-s very winter
contradicts that,

One thing that the proponents of this bill keep talking about is that we need
renewables, and they talk about wind and they talk about solar, What we
need here is base load power. You need power that you can call up when you
need it and have constantly running. Renewable power, like wind and solar,
is intermittent power. You can’t just call on it, you’re the victim of the
weather. Does the wind blow, does the sun shine? And what happens at
night? When you replace the Merrimack Station, which we are going to have
to do, you’re going to have to replace it with some -sort of long term viable
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base load power, not intermittent power. And that difference seems to have
been lost on the people talking about this bill. But it’s an important
distinction. You can’t replace base load power with intermittent power.

They also talk about the economy here. We all have heard endlessly about,
because of the increased cost here, about how this needs to be looked at. The
reality is, as I stand here today, PSNH has the cheapest utility rates of any
utility in all of New England, the cheapest rates, not just in New Hampshire
— in all of New England. If you take and you put that scrubber on at $250
million, they’re still the cheapest power. If you take it and you put it on at
$450 million, maybe we’re not the cheapest anymore, but we are still below
market. And the power coming out of the Bow power plant is still below
market. So if you shut down that plant and you try and replace that power
at market rate, my understanding is it’s going cost you, today, $30 million a
year to replace it at market rates. That’s more than it would cost just to pull
that power out of the plant with the scrubbers.

Now, I can stand here and do that as a back of the envelope computation.
You don’t need a 90 day study from the PUC to run that simple calculation.
So I would suggest that you need to be looking at that factor as well.

Now if, it’s not clear me that this study calls for delay. But if there is a delay
due to this study, if you take a three month delay, because of the work season
here, because of our ~vinters, a three month delay means a nine to twelve
month delay in the construction on that plant. What does a nine to twelve
month delay do? Well, for one thing, we get all that extra time of mercury
spewing in the air. I am troubled and confused with how the
environmentalists think it’s a good thing to keep the mercury spewing in the
air while we slow down doing this.

Secondly, it increases the cost even more. So they’re coming at you and are
screaming about the cost of this plant, but what they’re proposing is going to
increase the cost even more. Why would we want to take a course of action
that’s going to make the scrubber even more expensive than what the market
costs have made it already?

Now, what will the study show? I know you asked Senator Harold Janeway
that. That. was a really mushy answer, from my point of view. What are
they going to d.c with that information? Even if you have the study, what do
you do with the information? You got two choices: either you go forward or
you shut down the plant. Shutting down the plant doesn’t seem like a viable
alternative. ~Te’ve got, I think, about $200 or $250 million already invested
in the scrubber which PSNH, under current law, would be allowed to recover.
And I think if you didn’t allow them to recover, it would be unconstitutional.
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So we’re already into this for a couple hundred million dollars. So we’re going
to stop? We’re not going to, we’re going to let them recover the $200 million
because you have to, and then do what? Then start all over with a new plant
that’s likely to cost in excess of $500 million? I mean, I don’t understand
where we’re going to go with this information.

We hear things have been changed. I have not heard from any of the
proponents any new technology here. What has changed? In a short period
of time, what has changed? There is no major earth shattering thing going
on. We don’t hear changes going on around the country. We don’t hear
power plants across the country changing what they’re doing and putting in
some newfound technology. This is the state of the art technology. So the
costs have gone up. That happens. It happens on all kinds of things, you
know, We’ll deal with it and that’s what the prudence review is there for.

Businesses need business certainty. Who are we as the Legislature to conic
in there and say, well, two years ago we thought this’was a great idea so we
passed this bill and we told you, PSNH, you have to do this and now you’ve
spent a couple hundred million dollars on it. But, now we’ve changed our
mind. What businesses want to stay here, when we’ve got a legislature like
this that two years later is coming back and changing the rules of the game?
You can’t come back and do that to businesses. That is hardly a business
friendly approach to anything in this state.

So I also looked at the amendment on this, which I saw a few minutes ago
sitting down here. I had not seen it until somebody referenced it. I didn’t
even know there was an amendment. I’ve only had a moment to review the
amendment, but if I look at the amendment, what you’re doing is putting in a
pre-instruction (sic) prudence review. So basically you’re telling the
Commission ahead of time what they have to do in this prudence review and
you’re telling the company ahead of time what you have to do, kind of
regardless of the realities and regardless of the cost. I don’t know how you
can do that, and I don’t know that that’s a good approach to policy,
particularly when we have a prudence review in state. Representative
Hamm referenced that the prudence review comes too late to do anything.
That’s malarkey! The prudence review is there to make sure that the
company’s been honest in what they do, and if they’re not honest, then the
prudence review, under the prudence review the PUC has an obligation to
disallow inappropriate costs. It’s not discretionary, it’s an obligation, and if
they don’t disallow it, you can bet the Consumer Advocate’s going to take
them to court and fight them for not disallowing inappropriate costs. So the
prudence review that’s in place now is more than adequate to deal with the
increased costs of this plant.
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So let’s look at the situation. I maintain it’s in the best interests of New
Hampshire to go forward with this scrubber in a timely fashion. It’s the most
environmentally friendly approach, okay. We stop the mercury. We are, it’s
the least hsa’mful to the ratepayers. In the long run, it’s going to get power
at the cheapest rate and it’s going to get the mercury out of the air at the
cheapest rate. And consistent with the first bill, I pulled the state energy
policy that it references, and I’ve got to tell you, it’s a home run. It’s
consistent with the state energy policy. I looked at this and I was frankly
confused why the proponents bothered putting it in the bill, because this
scrubber’s so clearly consistent with the state energy policy.

So I would suggest that we as a legislator (sic) have an obligation here to
approve this scrubber, then to look at ways we’re going to meet our renewable
goals that we have to do. We’re going to look at ~xing the transmission
system in the North Country and coming down from the North Country, so
they can put plants in. We’re going to look at ways to put renewables out
thei~e. We’re going to develop other forms of generation. But we can’t do
that now and still meet the power needs of the state. So let’s put the
scrubber in place, meet the power needs of the state, and use that time that
the scrubber buys us in extending the safe life of the plant, to do what we
need to do to put reliable, safe, environmentally friendly power in state and
the transmission to carry that power to our ratepayers. Thank you.

Senator Martha Fuller Clark. D. 24: Are there questions for the
Representative? Seeing none, INAUDIBLE

Renresentative Walz: Thank you.

Senator Martha Fuller Clark. D. 24: INAUDIBLE Are there any other
representatives who want INAUDIBLE

Renresentative Frank Kotowski: Thank you, Senator Clark, Chairman,
esteemed members of this panel. I stand here for the first time on this floor
as a Representative, scared to death. My name is Frank Kotowski, District 9
in Hooksett. I stand here scared to death only for having to stand before this
mike for the first time in 19 years. I worked for Public Service Company for
33 years of my life. I’ve not been through the front doors of Public Service
Company for the last 18 years to speak with anyone who works there. I want
you to know that. I rise here because I saw during my career with Public
Service Company exactly what happens when perhaps well meaning people
try to impress upon all of us the minority view. I believe that this project is
terribly important to the future of the folks who live in my town who work at
the Bow power plant, and I believe that I would be wrong if I didn’t stand
here and tell you that.
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We all know what happened several years ago, at a time when Renny
Cushing and myself and others debated these very issues. We took a project
then that would have given New Hampshire true energ~r independence. That
was the Seabrook project, I’m not afraid to say it. The company at the time
had projected, if you recall, the cost of that plant to be $998 million for two,
1150 megawatt power plants, base load plants, such as the previous speaker
spoke about the need for. And they delayed through these very same kinds of
tactics that are being used right now on this bill. They delayed that project
to a point where it brought a very good utility to its knees, bankrupted that :: ::
utility, caused it to cancel one half of the project. Which ultimately, by the :: :~
way, Florida Light and Power eventually, after having acquired it from
Northeast Utilities, who bailed this good company out. I submit to you that
you’re going to really look carefully at this clearly but thinly veiled attempt to ::
delay this project so that the costs continue to rise, for whatever purposes
they have in mind.

Thank you very much.

Please see Attachment #2, Representative Frank Kotowski’s
testimony.

Senator Martha Fuller Clark, D. 24: Thank you very much. ~e there
questions for the Representative? Seeing none, are there any other
representatives who would like to speak? Seeing none, I would like to call
Gary Long.

Mr Gary Lona: Thank you, Madam Chairman, for the opportunity to speak.
Thank you, Senators, for the opportunity to speak with you today. I’m Gary
Long, I’m the President of Public Service Company of New Hampshire. After
I give my remarks, there is another gentleman here named Gary Fortier.
who’s the Chief Operating Officer of a company called Power Advocates, and
he is an expert in scrubber costs and he can show you how these scrubber
costs fit in with the rest of the industry, and I hope put your mind to rest on
this matter of scrubber costs, and I think he can show you how reasonable
they are. And I’ll have more to say about that also.

Now, I’ve been in this business for 33 years. I have spent a considerable
amount of time and thought on this, and all the issues that we face. My
career started about the time of the Arab oil embargo. I don’t know if any of
you remember those days and the disruption that that created for our society.
Since that time, I’ve seen fuel prices go up, I’ve seen fuel prices go down. I’ve
seen oil and gas prices go up and down and they all have gone on a steady
upward trend. I’ve seen the rise and fall of nuclear power in this area.
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There still are nuclear power plants, but there’s far less now than there was ç
10 or 15 years ago. I’ve seen the emergence of energy efficiency as a way of
doing business. I’ve seen a multitude of policies come out of both state and
federal government, radical and very different policies in all those times.
And I’ve seen forecast after forecast of what the future yields, what those
policies might be, what those fuel costs might be, what the future price of
power might be. And I can tell you every one of them’s wrong.

So when you’re dealing in a situation like that, and certainly we’ve all
experienced that just recently, I will tell you that people did not project,
experts that you pay money to, did not project that oil prices would go up to
$145 a barrel. But when it was there, experts were telling us that it will be
~200 a barrel. Three months later, it was $40 a barrel. Now, I’m not
blaming anybody for that because nobody can really forecast the future. If
they did, we wouldn’t be in a recession. If they did, our 401(k) and our
investment, our retirement programs wouldn’t have lost 30, 40, 50 percent.
We would have taken different actions if we had that perfect picture of the
future. Yet when I hear someone say let’s do a study, let’s spend a million
dollars, let’s spend two miffion dollars. And wherever you stand on the
study, I can guarantee you, whatever version of the future that that study
tells you, you’re got to be really careful about believing it and acting on it.

So what do you do in a situation where the rules are changing? What do you
do in a situation where the energy costs are changing and policies are
changing? As I said, I’ve lived that for 33 years, and there are ways to deal
with it and we’re dealing with it very effectively. There’s some principles
that we follow that have worked and been time proven. One, is, you own
assets. When you own physical assets, then you control your own fate, and
you’re not subject to the ups and downs and vagaries of the market. And one
of the greatest decisions that this Legislature did was to say, PSNH you
should keep youi’ existing assets and generation. That has been hundreds of
millions of dollars of value to our customers.

Another thing that people like me do, to ensure that customers are protected,
is you have fuel diversity. We’re learned time and time again, you cannot
depend on one fuel source. As I say, the recent history has certainly showed
what would happen if you relied on one fuel source. So the way you address
that is to have fuel diversity. In fact, it’s a state policy. In fact, it’s a
regional policy that we should. have fuel diversity. PSNH has the most fuel
diverse power supply mix in all of New England. We have more renewable
power, percentage wise, than any other company in New England. It’s not
enough. We have coal, we have oil, we have gas, we have hydroelectric
power, we have wood power. We buy a small amount of power from Vermont
Yankee, there’s a little bit of nuclear power. And recently we added to our
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portfolio wind power, from the Lempster, the first wind park, energy park in
~Tew Hampshire. and we were part of that and helped make that happen.

So when people talk about Merrimack Station, we currently get very
interested in that, and I should have started out by telling you we’re strongly
opposed to Senate Bill 132, in case you didn’t know. Strongly opposed and
we’re asking every senator to vote against it. It is not a simple, it is not a
simple study bill. It is a bill that is designed and geared for closing down
Merrimack Station.

Now Merrimack Station provides fuel security, fuel diversity to our mb, it is
our most economic power plant, and we have embarked on a multi-year plan
to make it one of the cleanest coal plants in the nation. Not only does it do
that for us andfor our~customersfrorn an energy perspective.italso provides
huge economic benefit to our state and to our community. You’ll hear today
about what its impact is on rail service. We are the anchor of rail between
Concord, Manchester and Nashua, for those of you who are interested in
commuter rail. We’re one of those. You need Merrimack Station to help
provide the olatform for that, and you’ll hear more about that today.

So we are, we are obviously strongly opposed and I just want to get into some
of the things that are affected. When we look at this bill, and it’s been said
by others, but you either have a scrubber or you don’t. The bill uses the
word alternative. The alternative to having the scrubber is not having the
scrubber. I don’t think there’s anybody in this room today who would say, I
advocate running that power plant in the future without a scrubber,
including Public Service Company. We’re way beyond that. We’re
committed to putting the scrubber in that power plant and that’s what
everybody wants and that’s what we want.

So the alternative to putting the scrubber in is ~ putting the scrubber in.
And if you don’t have a scrubber, you don’t have a power plant. And that’s
why we feel so strongly that is really a bill about closing the plant, and
Senator Janewav admitted that, although he himself does not claim to want
to shut the power plant. He admits that supporters of this bill want to shut
the power pldnt. So I think you need to look at it in those contexts and that’s
why you should vote against it.

As I said, Merrimack Station provides an incredible economic benefit and a
foundation for rail and other things in this state, but more importantly, it
provides hundreds of jobs. It provide~ hundreds of jobs for our own
employees. It provides hundreds of indirect jobs for services that. are
provided to the plant. And right now it’s going to provide hundreds of new
construction job.s. As one of the reports said, this is not a shovel ready
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project, this is a shovel in the ground. project. Employment can start
immediately. We have the permits, we’re ready to go.

You have a package in front of you, and I’m going to be referring to some of
those pages. I won’t talk long on each one of them, but just so you can look at
later. But one of the things I want to address in the course of talking to you
today is some of the myths that have been spread recently in this regard.
One of the thoughts that you hear up there is that, gee, if we don’t spend
money on the scrubber, we have money to spend somewhere else. That’s a
total myth. We can spend money on a scrubber and we can spend money on
energy efficiency, and we can spend money on renewables - we the state, we
PSNH. They’re not mutually exclusive. It’s not an either/or, So I’d really
like to put to rest in your mind the idea that if you say no scrubber, that
somehow that frees up money. It doesn’t. We’re capable as a company to do
all those things. They’re not mutually exclusive.

Transcriber’s note: Due to the volume of materials submitted by
Public Service of New Hampshire, those documents are not attached
to this transcript, but are available in the original bill file.

Another myth that’s out there, is this is an old plant. Now if this was a car, I
would agree with you, it’s an old plant. It’s an old car. But it’s not an old
plant, it’s much newer than you think and I’ll show you. I’ll show you today
in areas that it is new, far newer. And when you talk about infrastructure,
old has a different kind of meaning than if you talk about a consumable goqd..
You hear people alleging that these costs, the costs are going up. That $457
million, the costs are going to go up. I’ll explain to you today something
about construction projects and construction management. Hopefully we’ll
put that to rest, too. The costs aren’t gOing to go up. If anything, the costs
will go down, and it’s the way that we execute projects like this is to avoid the
costs from going up. And we can talk about that some more, too. So you can
think about the 457 as a very good number. If anything, we’re already taken
steps to make it lower, barring a delay or something else that would add to
the costs.

You also hear people on the myth that, gee, for some reason, we’re not, won’t
be able to comply with federal regulations. Well first of all, they don’t know
what those federal regulations are, and secondly, they can’t predict them
anymore than anybody else, because we don’t decide what those are and no
individual decides that. So at best it would be speculative. But the way I
look at this is putting a scrubber in and all the other things that we’ve done
over the last 15 years, puts us well ahead of the rest of the nation. As the
President of the company, I am so confident that we can comply with any
federal law on carbon or mercury and that this project is the right time and
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the right place to do that. I am not concerned in the least about changes in
federal law. In fact, I welcome them. I hope that there is federal law,
because I think there needs to be national policy on things like carbon.
There needs to be national policy on things like mercury emissions~. It just
happens that New Hampshire is well ahead, well ahead of all that, and I
compliment the Legislature and environmental groups in the state,
regulators, all who worked to make this happen. For me as the President of
the company, that puts us in a very good position, that I don’t have to worry
about federal regulations like some other utilities ~were, because we’re
already well ahead of the curve. So I think that’s a myth or scare tactic that
you should dismiss.

The other one that I think people didn’t realize it or understand it, say well,
the pioject hasn t staited yet I can tell you this pioject is almost in its
fou~tit year. The project started the day you passed the law that said it was
in the public interest. The project started the day you said, you ordered this,
you put in the law, put in the scrubber. It started then and like all major
construction projects, this is about a six year project. We’re about the third
year, we’re almost in the fourth year of this six year project. The project
started a long time ago. ~~at you haven’t seen is major construction, and
we’re right on the edge of starting that. But the project has started, and as
mentioned by otheis ~ou have to stait it, and ~ou have to do ~oui contiacting
to make things very solid and predictable, and we’ve done ~l that. And as
you may have seen, we already have contractual commitments where we’ve _______

spent up to $230 million and there’ll be more as the project moves forward..

On page three, I’ll do this very quickly, but I think most people understand
that Bow operates 2417. As one of the representatives mentioned, it’s a base
load plant. It’s very reliable. It’s running better now than it did when it
was first built.

On slide four, you’ll see some of the history of the plant. And like I say, some
people call it an old plant. Actually, it’s a plant that’s run better and set
records, set its all time plant operating records in the last four years. If it’s
an old plant, I’d say it’s running better than it’s ever run, and it’s producin~
more efficient and economic power than it ever has in its history. So to me,
that’s not a definition of old, that’s a definition of well run. If you were in the
control room of our power plant, you would see an array of computers and
computer screens. And these are things that didn’t exist in 1960. They are
not old.

Page six here really gets to the policy that you have set out over the last ten
years or so, and we’re actually very proud of the collaborative efforts that
have gone on with the State over this period of time. We’ve had a history of
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environmental group s, the comp any, regulators, legislators, working together
and we’re very proud of being very progressive in that area, as the state and
as t.he company, and that’s why we’re so bothered by this bill, which does just
the opposite. Instead of collaborating,this is putting people apart.

But if you look at page five, you’ll see what we’ve done, as the state and as
the company. We’ve had major, major improvements in environmental
qualities of that plant. It’s all because, it started in 2002, others have
mentioned this, something called the Clean Power Act. Now we embarked
on a path to take care of poor emissions. There’s nox, tox, mercury and 002.

And no one else in the country has ever done this. But we were willing to do
it with you, and you were willing to do it with us. And the last two that
needed to be addressed were mercury and 002. In 2006, through a long
collaborative process where we all came together, very substantial votes,
majority, large majority, sometimes unanimous votes out of committee, for
this mercury bill - supported by th~ Governor, supported by the Legislature,
supported by environthental groups, supported by the business community,
supported by PSNH. That’s the bill we’re talking about today, that’s the
thing that brought us up today. And so we accomplished what we set out to
do.

Back then, you asked PSNH, “Are you willing to put in a scrubber?” And
after having that collaboration, we said ‘EYes, we are.” And we do what we
say we will do. We keep our word. You looked. at us and said yes, as a state
we want you to do this. How do you make sure that you do this, PSNH? And
we said, well, our word is good, we will do this. You said, no, we’re going to
write a law and we’re going to tell you to do it. And we said, fine, because
we’re going to do it, So you wrote a law and told us to do it in law. Then the
next question is, we really would like to spend sooner, not later. Yes, we’ll do
it sooner, we’ll do it the best we can; we’ll execute this as fast as we can and
do this as soon as we can. Well, how do we make sure that you do that?
~rell you can always put a provision in law, and you did that. You wrote a
provision in law that said that PSNH, if you put the scrubber in sooner than
the absolute deadline which has been 2012, then you will create a financial
benefit to your customers. Not to your investors. You will create a financial
benefit to your customers.

Well, we’ve been working very diligently to do this as soon as possible, to do
what you’ve asked us to do, which is to do it as soon as possible. So we do
what we say we’re going to do, and we have done what we said we’re going to
do, and we have clone what you asked us to do. And what I’m asking you is
to keep your word. What I’m asking you is to abide by the law that you
created.
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One page six here, there’s another depiction of the accomplishments that
we’ve collected, that we’ve done together and you will see, this is another
reason why it’s not an old plant. Since the plant was first installed, we’ve
reduced particulate matter by over 95 percent. We’ve reduced nitric oxide by
85 percent. And with the scrubber, we’ve going to reduce mercury by 80, 85
percent, and we’re going to reduce sulfur oxides by 90 percent. I think that’s
something we should all be cheering about and being proud about, and we
should all be working to get this project done as soon as possible. That’s
what we should be doing. - That’s what PSNH is doing.

What’s the status of the project? And as I mentioned earlier, it’s on slide 7, if
you’re following along. I have no concerns about federal re~ilations, in fact,
I welcome them. And that’s one of the points of this slide.

On~e ~ ~, i~ a pib~re,a diagram of Merrimack Station. It gives you an
idea of the footprint of that plant and how much has been added to it, and for,
have environmental improvement, and what the scrubber will do as far as
the footprint. And of course you’ll see it’s a rather large and substantial
physical structure, And of course to do that, you need people, which will
create a lot of jobs, a lot of good work. A lot of quality good work, and we’re
very pleased with the relationships we have with the unions that will help
bring that good wo~k to bear on this, And it couldn’t be at a better time, in
my opinion, in histbry. Not that we planned this. Of course, nobody wants
a recession, but if we’re in a recession like this, what better way to get people
employed than to have an environmental project that makes a plant cleaner.
So we’re very, very proud of that, and we’d certainly like your support in
getting that done.

Page nine, and again you know, I could talk to you at length about how one
manages construction projects. but I know as legislators you may not have
experience in that. But this really gets to the point that this project is not
just started, it’s been going on since 2006, and this is a typical way that you
manage major projects, and you can see we’ve started. We already have, we
did the preliminary engineering, we got a project manager, a progr~m
manager, who helps bring it all about. We’ve done the detailed engineering
and we’ve issued major contracts last year, and we’re ready to go on the
major construction. We’ve done site preparation already. If you had, as
Representative Walz said, she’s been to the site many tides. If she’d been to
it recently, she’d see it looks much different than it was a year ago, because
we’ve clone a lot a site preparation in preparation for the permitting and
major construction.

This may be a good time to give you an example of how projects are run.
We’re very, very proud of our wood burning power plant over on the seacoast,
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And that, like the scrubber, is a result of your action, as a result of a law that
was created in New Hampshire. As soon as you get a finding of public
interest, which you have already done, you’ve given a finding of public
interests in this in 2006. We got a finding of public interest on our wood
project, I think it was 2004. But until you’ve got that finding of public
interests, you’re doing estimates, you’re doing rough estimates, and the world
changes. And during that period of time, 2004, ‘05, ‘06, prices also were
going up during that time, and we had the same interests then that we have
now, which is to contract in a way that you minimize and you stop and you
lock in the prices so that they won’t go up. And so we did that. As soon as
we got the finding from the Commissioner of public interests, we issued the
same so~’t of contract that we had with the scrubber, which are fixed price
contracts. That means they can’t go up. And so that project was a $75
million project, and we never, ever exceeded that $75 million throughout the
whole construction cycle. In fact, we came in a little bit lower.

That’s the same way that we’re managing this scrubber project. We issued
contraàts. We’re looking at $457 million, and now, and we’re not going to
exceed that. And so now we’re looking at ways to bring it down, because we
have fixed price contracts for all of our major contracts. They’ve already
been issued. And that’s the way you run projects and we’ve been very
successful in that, and that’s the way we protect customers. That’s the way
we make sure that customers are protected against escalation. That’s why I
say it’s a myth for people to say the costs are going to be a lot more than that.
They’re not. If anything, they’ll be less.

One page 1]., it’s a very important one. As I said, nobody can predict the
future, but we are, and that’s why we define things. And we know what the
costs of the scrubber are going to be. We know that. You don’t need a study
for that, you don’t need anyone to project the future. We know that cost, at
least we know the maximum. And we know what the impact on rates are,
and that’s on page 11. You’ve heard it before. It’s about three-tenths of a
cent per kilowatt hour. And of course, you have to pay more if you’ve
installed equipment like that. And it’s going to cost more to have a cleaner
power plant. But we all accept that. We all accepted that in 2006. We all
knew that it costs money to have a cleaner power plant, and we’re all willing
to do that. But it’s very competitive, and the plant will continue to be very
competitive. You can see on that chart, that I don’t want to trivialize point
three cents a kilowatt hour, but it’s well, well within the variations that you
get in fuel costs, and it’s well within the market value, the market
differential between our plant and the market. So we feel quite comfortable,
even though it is a price increase, the plant will continue to be highly
competitive in the marketplace. And. it gives us certainty.
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Page 12, for those of you who are interested in more detailed cost estimates
or prices and what a project is all about, there’s nine or ten .or so different
elements of this project that all are contracted for separately and all that add
up. So, you know, it’s far more than putting in a flue gas, you know, de
sulfurization, there’s a whole lot of other supporting and other work that goes
with it. So just to give you a little idea.

We have very detailed documents on this. I mean the Public Utilities
Commission can and will see all of this stuff. ~~~~They look at~ all these project
things and they do prudence review and they do a very thorough job. So
we~re not at all concerned with that, because we think we’re doing a ~eat job
and we know they will do a very thorough job in reviewing what we did. But
we don’t have any problem with that. That’s done in the normal course of
business. That’s already provided for under current law.

Senator Martha Fuller Clark, D.24: Mi’. Long, I do have one question for
you, as it’s going to better be

Mr. Long: If it’s really pressing. I’d prefer to go through and then answer
questions.

S~p atop Martha Fuller Clark. II. 24: Thank you.

Mr. Lona: On page 13, is what some of the rough estimates were in 2005, as
compared to 2008. You know, lots of things have gone up, as others have,
In fact, everything all around us, all around us, in all the infrastructure
projects and construction projects, you see the same sort of thing going on.
That’s why, when we get into construction projects, we try to lock into the
costs as soon as possible, so that we can avoid further increases.

Page 14 just tells you a little bit more about what drives those costs, I think
the things that are really interesting, hopefully you will find it interesting, is
if you go to page 15, and this is a chart. This is not prepared by Publlc
Service Company, this is prepared by a very renowned firm called Cambridge
Ener~’ Research Associates, Okay, we took this directly from their research.
And this is just, and this again is not speculation. This is not speculating
about the future, this is what actually happened, okay. And so this is what
actually happened to power capital costs between 2005 and today, and you
can see, you can see that all projects- throughout the country were
experiencing the same sort of price escalation as we did. So that means that
all of our competitors. others had their costs going up too, which means that
relative, the whole market went up. So when you see scrubber costs go up,
sure they did. But so did everything else and so relative to the market, we’re
still very good.
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And the same sort of thing on page 16, you see iron and steel, cement, and
they went up in great amounts from 2005. And of course anybody in the
construction business knows that, anybody in the power business knows that.
And the same sort of thing, if you go to page 17, copper, nickel, you know
increased. They’re still all up, very substantial increases. I give this to you
only to point out that, you know, obviously a project of this type is very
complicated and no one expects you to be experts in project management.
Nobody expects you to be experts, but we are, and these are things that
really, I think, would indicate to you what drives these costs up and it’s not
unique to Public Service Company. As I said, Gary Fortier will compare it
against other scrubber costs around the nation. You’ll see the same sort of
thing, that we’re very competitive and we’re very much in line with what
others are experiencing.

And page 18 is a little bit more than that. There’s a little more information
on the cost differentials that have occurred. And really, you don’t need a bill,
you don’t need legislation to understand this data or to get it. I mean the
PUC has access to this data without any law changed, and they certainly will
look at it before, as Senator Gatsas says, anything goes in rate. I mean you
really should take comfort in that. If they think we did anything wrong, or ____

didn’t do anything well, they will certainly let us know, and we will be
hearing that one out too. So, I don’t, you really don’t, there’s nothing to do in
a future study that will help you understand the costs of the scrubber.

And our whole approach, on page 19 there, and it’s been very, very ~uccessfui
and our award winning wood plant, it’s gotten, five, six, seven awards,
national, international, construction awards, engineering awards. We’re
using those same practices that we used in that award winning project on
this, and that’s not, page 19 just tells you a little bit more about what those
are.

And page 20 is a really coming a little bit at it from the customer angle,
which of course is really a progress INAUDIBLE we use on every decision
that we make, but we agreed this a very gbod project for customers, also. It’s
going to provide them with energy security, provide them with economic
power, and as was said, the Public Utilities Commission will look at this
thoroughly as they always do.

And I think we need to remind people sometimes, so it will help you put their
allegations in perspective, is New Hampshire has an open access system, and
many of you were part of that. Many of you created that law and that policy,
and certainly I was part of it. And what that means is that any customer,
any customer can choose a power supplier. Now we know on a practical
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level, residential customers don’t get that choice because people aren’t
offering that. But we know on the business side, commercial customers, we
know that they can and do choose power suppliers other than PSNH.

Our role, our role as set by state law, our role is to provide power to
customers when they haven’t chosen a supplier. Some people call that the
supplier of last resort. It just so happens that most customers do not choose
a supplier. But commercial customers can. So when a commercial customer
says, Pm concerned about the cost, you know, I don’t want to be flippant :~:
about this, but if they really are concerned about the cost and if we really
aren’t low cost, they can go somewhere else and they can completely avoid the~
costs of a scrubber. But that’s not, you know, what we’re trying to do is to :~
have the lowest cost power that we can for the benefit of customers. But if:::
people think that we’re out of line, they have recourse. They have recourse
through prudency review and they have recourse by, they can make a choice
for a different power supplier, And that’s just the point that sometimes is
lost when people make allegations and

It’s interesting to me that Senator Janeway says this isn’t about cost. And I
think he’s right. I agree with him. This isn’t about cost, this is about people
who want to shut clown Merrimack Station.

On page 22 is the project benefits and I’ve mentioned many of them. Of
course, jobs right now is always very important to us, and I thank people for
complimenting us for how we treat employees. I’m ohe of those employees.
and we always try to treat our employees well, and we always try to treat our
contractors well, and we always try to treat people who work on our sites
well. And we’re looking forward to having many of you on the site and
working hard. We know you do good work. We’ve had lots of experience
with contractors doing great work and we’re going to do it again. But jobs is
very important. The local economy.

I mentioned passenger rail. There will be more and railroad help, we talked
about that. I talked about the energy values of this plaxit already. I mean
the values to me are just so overwhelming, just as some people would say a
no brainer, that you really want to maintain a plant like that, and you really
want it to be as clean as possible.

Regarding Senate Bill 132, I tell you, it’s very unusual for me to testify before
you these days, so the reason I’m here is because I just think that it is so, it’s
such a dramatically negative impact and I really need to, really need your
vote against this bill. It is not a simple study bill. It is far more serious
than that and, you know, my point of view, not a point of view, it’s really my
experience. As I say, you can spend any amount of money you want on this
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study and it won’t tell you the future. I think Senator Gatsas had exactly the
right question. What are you going to do with it when you get it? Because
at best, it’s going to be speculative, it’s not going to tell you anything. And
all it will do is feed the fire and all it will do is cause more fighting and
disagreement and people following different agendas.

As I said, as an electric company what we do is we try to provide for certainty
in an uncertain world. And one way to provide for certainty in a very
uncertain world is to make the power plants as clean as possible and to
install the scrubber. As I said, the scrubber is really our hedge against
federal regulations. You know, I’d rather do it now wh~n it’s less expensive
than to do it five years from now, when there’s federal regulations, when
every other power company in the country is putting in scrubbers. It’s better
to do it now, and I think it’ll do us well.

Senator Martha Fuller Clark. D. 24: Mr. Long?~

IVIr. Lona: Yes, ma’am?

Senator Martha Fuller Clark. D. 24: I wonder if it would be possible to
wind this up.

Mr. Long: I’m just about finished, as you can tell. I’m on slide 25, with only
a couple other

Senator Martha Fuller Clark, D. 24: You’ve provided a lot of very good
information in there and it’s not that we don’t appreciate and that we don’t
take your testimony seriously, but you have spoken for 30 minutes.

Mr Long: Oh, I’m sorry, yup, a little bit longer than I normally go. But if,
Senator, you ~ould just bear with me a couple more minutes, I think I can
wrap this up.

Senator Martha Fuller Clark. D. 24: Certainly.

Mr. Long: Thank you. On page 25, I guess you can read it at your leisure,
but I just want to point out to you, because some people think the study is
going to provide answers, and it won’t, and I want to tell you what it won’t
give you. It certainly won’t tell you what the cost of the scrubber is or what
Merrimack Station’s fuel source is. We know that. And it won’t tell you
what the price of oil, gas or coal, and it won’t tell you what future regulations
you’re going to have. So it really, you can spend money and you can have a
study, but to what end? I think the only end is, I guess, give ~ou a platform (
to say shut the plant down
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Page 26. I guess I’m done, Senator. With that I can just, I really do want to
focus on just one more slide before I leave, and it’s slide number 28, and
many of you have heard me say this before. And it’s just one slide, but I
would tell you, Senators, in some ways this is the most important slide in the
whole package. Because I really don’t think we should be here today talking
about Merrimack Station. I think that should simply be going forward in the
way that we’ve all agreed.

What we should be talking about is how can we have more renewables. And
what this page is saying is what PSNH is doing and what we think should be
done. And you can see we think energy efficiency is a huge part of our
future, and that’s what we should be talking about. How do we get more of
that? How do we do that well? How do we work together on that? You
know, how do we keep looking for innovative ways in our power plants? You
may have read, you~may have heard, that we’re going to test burn cocoa
beans in our power plant. Those are the kind of things that we do and then
invest in renewable energy project.s. That is not going as fast as I would
have liked, and I personally think that you can never have too much
renewable energy power. And you all know my position, that PSNH would
like to build an INAUDIBLE and employ some of these people on that front
too, doing renewable energy projects. But you know that for three years now,
the Senate has said no. But we’re not here today to talk about that. But I
think that’s really the sorts of things that we should be talking about, instead
of having to spend so much of our efforts doing something that has already
been done, which is put a scrubber at Merrimack Station.

I guess finally I just ask you for your support, for the all these people in this
room, for our customers, for our energy future, that you vote against Senate
Bill 152. Thank you.

I would like, Senator, to bring Gary Fortier up for just a minute so he can
give the scrubber perspective, too.

Senator Martha Fuller Clark. D. 24: Thank you very much. I would like to
say that I look forward to working with you on making sure that we can
provide the transmission to the North Country so that whatever projects are
being, moving forward in the North Country are going to be able to come to
fruition, Without transmission, nothing can move forward, so we know that
you’re a key player in that and we do look forward to working with you to
solve that problem.

Mr. Long: And I, too, with you, Senator, am interested. And there are some
even more substantial things we can do with transmission than the northern
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route; but we certainly want to do that. And I will tell you, there’s
renewables that we can do now that don’t require transmission. So, all those
things I think we should pursue together.

Senator Martha Fuller Clark. D. 24: Absolutely. I wanted to ask you one
question, which was some concern that I have that when you’re looking at the
cost of commodities, that your chart ends in 2008. It doesn’t show what’s
happened to commodities since the market of last summer, which we know,
the costs were very high. The costs now have come down. Do you have the
stability in your contracts? I know that you said . . . INAUDIBLE

Mr. Long: Yes. Senator, I would say we’re in very good shape, and. I really
want to compliment the team, the PSNH engineering team and project team,
I’m very, very comfortable and very pleased with their, you know, marvelous
execution so far. And yes, we provided, we have room in the contract. We
provided for escalation of materials and we provided for contingencies. If we
don’t have to use those escalations. because the markets have changed and
some prices of some things have gone down,, or at least stayed flat, because
sometimes we built in escalations in case they didn’t stay flat. So, yeah, we
are already seeing reductions in costs that we are capturing as we go forward.
So, yes, we believe that that’s why, as I mentioned earlier, this is like the
highest it would ever be, 4.57, and you know, again, until you run the course
you won’t know what the final numbers are. But our team feels very
confident that there’s things that we can exercise along the way.

The bad news is we’re in a recession. I mean, nobody wants that. But if
you’re in that circumstance, you might have some leverage to get some cost
savings for materials, but there still is a world demand’ for scrubbe.rs and
there still is, it’s still a very vibrant market.

Senator Martha Fuller Clark. D. 24: INAUDIBLE

Senator Jacalvn L. Cillev. D. 6: Thank you, Madam Chair, hold it down,
okay. Thank you, Madam Chair. Mr. Long, I have been following this now
for weeks, and I have heard evidence on both sides of the fence about, you
know, whether that plant is actually an integral part of the, you know, the
supply of electricity, and that we really could do without it and have
adequate supply. I’m wondering if you could speak to that, and I’~ also
wondering why, doesn’t ISO New England issue, I think it’s FERCs, it’s been
a little while since I’ve visited those, that suggest a concern about supply in
the future?

Mr. Long: Thank you, Senator. I tried to keep things from getting too
complicated, because electricity is fairly complicated. But the short answer
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to your question is that plant is absolutely critical to supplying our
customers. Okay, now we have to distinguish our customers from the rest. of
New England. But that plant is clearly used to serve our customers, and we
don’t have enough power to serve our customers. We’re buying power on the
wholesale market, We buy 300 to 400 megawatts of power on the wholesale
market. So, certainly from the perspective of the economics to our
customers, it’s critical.

When you look at New Engiandgenerally, and we are operating as a single
region, the recession has resulted in less electric load now than we had
earlier. So, I mean, the recession is having a very large impact on everyone,
So right now, and I think Senator Janeway, you know, said that prices are
low. Prices have gone down, and as I said, I’ve seen many cycles of up and
down. I~ mean,if you wantto bet~~~the farm onthe prices today, I certainly~~~
wouldn’t. But, you know, so prices are low now, which is good. It’s kind of
an offset to the recession. But no one expects that to hold. And so there’s
enough power in New England. There’s enough power in New England. I
should say it this way, on paper, there’s enough generating capacity to serve
the load. And there isn’t any real load growth happening in New England
right now.

But that doesn’t mean, that doesn’t mean that’s economic for customers, it
doesn’t mean that at all. And it doesn’t mean that that power is available all
the time. We’ve had two times in the last, I think, three years where there’s
been a shortage of gas suprly, and what happens when there’s a shortage of
gas supply, is several of the gas plants in New England can’t run and I think
the mention of our turbines, our combustion turbines running is kind of the
result, sometimes the result of plants just not being able to start up.
Sometimes it’s just the result of plants just not being able to run. And that’s
what happened. Tou know, there’s destruction in the gas supply and we
were called on to run anything and everything we could so New England
would have enough power, and that doesn’t happen often, but it can happen.
And so, in our business, that’s why I say, it is so important to have fuel
diversity, it’s so important to have flexibility, and that’s one of the things that
Merrimack Station does for us.

Senator Martha Fuller Clark. D. 24: Thank you very much. Senator
Carson.

Senator Sharon M. Carson. D. 14: Thank you, Madam Chaih And thank
you for your testimony this morning, Mr. Long.

Mr. Lona: Thank you, Senator.
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Senator Sharon M. Carson. D. 14: I pulled some of the testimony from the
original bill that established the scrubber project, and I discovered that not
only are we lookii~g to reduce mercury emissions, but we’re also looking to
reduce the sulfur dioxide emissions. And that is really substantiated in the
program that you provided us with this morning. One of the things that I
did not know was that we were paying for these sulfur dioxide credits. Are
we still paying for those?

Mr. Long: Yes. We, as an emitter of sulfur dioxide, we have, there’s a cap
and trade system, you know, much like what people talk about for 002. Not
the same design but the concept. And it’s been in existence for a number of
years and it’s been proven to work very well, about reducing sulfur. And so,
you know, it wasn’t required by law to reduce sulfur, you know, that mercury
law. It was really focused on mercury, as others have said. But at that
time, we did a two-fer, those were the kind of words used back then. We get
to have two major reductions with one piece of equipment, because these flu
gases, desulfurization are mainly for the purpose bf reducing sulfur. So we
got a huge reduction in sulfur, which means we avoid having to buy sulfur
credits on the market, on the cap and trade market. So that produces
economic value, it’s an offset to the cost. Not an entire offset, but it helps
offset the cost and so, yeah, it’s a very good thing for us. And it helps us look
at different sources of coal, because if the coal has a little more sulfur in it
than the coal we’d normally buy, but we now have a way of getting rid of the
sulfur with this device, which means we’re open up to more markets, and
that affects rail in a positive way as well as cost.

Senator Martha Fuller Clark. D. 24: INAUDIBLE

Senator Sharon M. Carson. D. 14: Thank you, Madam Chair. So if you
were to give us some sort of an estimate, what do you think would be the cost
benefit to the ratepayer?

Mr. Long: I gue.ss I’d like to do that as a follow-up, because I’m not an expert
and I know that two years from now, someone .will say, gee, Gary, you said
sulfur credits were this, and the market changed and the facts. So, you
know, again, it would be an estimate based on today’s costs and I think one of
our staff can certainly provide that for you, Senator.

Senator Martha Fuller Clark. D. 24: Senator Odell.

Senator Bob Odell. D. 8: Thank you, Madam Chair. A couple, Mr. Long,
thank you for your testimony, A couple of times this morning ybu have
mentioned that there’s a cost for this study of a Si million or $2 million.
Who would be the payer of that?
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Mr. Lona: You know, Senator Odd, I didn’t mean to imply that this would
cost that much. We’re not advocating any study, so it costs zero if you ask
me. But I’m just saying. I have seen stuthes where you can pay consultants
$1 million to do a study, and I personally would not use the results of that
study because of speculation. And if you spent $100,000, $200,000, $1
million, my point being that money will not buy you an answer. That no
matter how much you spend, you can look at what you think is the world’s
renowned expert, you know, but they can’t tell you what an oil price is going
to be three years from now, four years from now. There are some markets
that you can buy and sell one or two years ahead. You can’t buy five, six, ten
years ahead. Nobody’s foolish enough to believe that they can forecast.

Senator Martha Fuller Clark. D. 24: Follow-up.

Senator Bob Odell. D. 8: Mr. Long, my question was, if it costs a dollar orit
costs a $1 million to do this study, who ultimately pays for the study?

Mr. Lona: I don’t know. I guess that would be for you to decide, but if you
vote the bill down, you don’t have to decide. But you know, it’s, I would
think that it would be a bad use of money from customers, so I certainly hope
our customers don’t have to pay for it.

Senator Martha Fuller Clark, D. 24: INAUDIBLE•

Senator Bob Odell, D. 8: Thank you, Madam Chair. I understand correctly
and some of the concern is that you’ve had 33 years of experience, you must
have had projects like this in the past, and I know you mentioned the Shiller
Boiler, where you are asked, you are legislatively told to go ahead with the
project or you initiate a project. You spend the money and then the Public
Utilities Commission looks at that and says, yes, this cost is in, that cost is
out. In other words, the Legislature has ennobled (sic) the Public Utilities
Commission to fulfill that role. Is that a normal standard, that lookback, in
terms of what. will go into the rate base?

Mr. Lona: It is the normal standard for the Public Utilities Commission to
review our action.s and our decisions, and it’s done in hindsight. So it
certainly presents business risk, as you might have a difference of opinion.
We might think we made a good decision, somebody else might think we
made a bad decision. But I think the Commission has found over and over
again that we’re making good decisions. But yes, that’s normal course. And
that’s okay, we’re totally prepared for that and we’re totally used to that.
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What is difficult for us because, you know, we’re really, whatever we do
affects customers. You know, we’re a regulated company, we don’t get
market prices. We don’t get the profits that a nuclear plant gets when the
market prices go up, you know, or any other plant if it’s not regulated.. So we
have to be very careful. First of all, because we have that scrutiny. Second
of all, you know, it affects customers. So we’re basically very conservative.
We think we’re very innovative when it comes to things like wood burning or
like cocoa bean shell burning or, you know, renewable power. But financially
we have to be very, very conservative and. we have to be very sure of what
we’re doing, because if we’re reckless or if we’re making bad decisions, it’ll
hurt, it’ll come back on us.

Senator Martha Fuller Clark, D. 24: Thank you very much.

Unknown: Mv name’s Lynn INAUDIBLE and INAUDIBLE for PSNH.
And this question was asked of us awhile ago because I think INAUDIBLE
question, whether or not INAUDIBLE.

Senator Martha Fuller Clark. D. 24: Could you just wait one minute. We’ll
be able to get your answer, but it won’t INAUDIBLE.

Mr. Lona: I musthave said something that my staff disagrees with me, so
no.

Senator Martha Fuller Clark. D. 24: INAUDIBLE. What I would like to
do now. INAUDIBLE to come forward, will not be able to INAUDIBLE this
afternoon. It is my intention to break the morning session at noon and
reconvene at 12:30. At that time, I will ask the representative INAUDIBLE
to come forward. I~ that?

Mr. Long: Thank you very much, Senator. That’s perfectly acceptable, just
as long as you get the information, I think you’ll find it useful.

Senator Martha Fuller Clark. D. 24: INAUDIBLE, so wait before the public
can INAUDIBLE, we’ll hear from Senator D’Mlesandro. INAUDIBLE if you
could line up, I will call on you.

Senator Lou D’Allesandro. D. 20: Thank you, Madam Chairman, and
distinguished members of the Committee. For the record, my name is
Senator Lou D’Allesandrn, I represent District 20. That’s Manchester,
Wards 3, 4, 10, 11 and the Town of Goffstown.

I come before you in opposition to Senate Bill 152. I’ll be extremely brief.
We as the Legislature mandated that PSNH do this. We told them to do this
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because we were all concerned about the health and welfare of our children.
We were concerned about the health and welfare of the communities that we
represent. We went through an exhausting situation in the Senate. We
said do this! So we have given the mandate to do it. It seems to me we
ought to follow through. When costs are accumulated, you can look at costs.
The Public Utilities Commission has that responsibility, but to do anything in
any way to mitigate this project, I think is against the public interest. I
want to very brief, because we’ve got a lot of people to hear. But again, we
championed this cause in the Senate in order to protect the public. I
champion the cause of letting it go forward. We’ve got a lot of men and
women who need employment. The employment is there. The job needs to
be done. We can look at the costs as they come before PUC if there are any
problems after it’s done. But it’s good public policy to carry through with
items that we have mandated that people do Thank ~ ou very much, Madam
Chairman.

Senator Martha Fuller Clark. D. 24: Thank you, Senator D’Ailesand.ro.
Are there questions from the Senators? Seeing none, I’d like to call
INAUDIBLE. If you could introduce yourself as you come forward.

Edward Foley: Good morning, Madam Chairman, and good morning
honorable members of the Committee. My name is Ed Foley and I’m
President of the New Hampshire State Building and Construction Trade
Council. ~d I’m here today to spe~ on behalf of my members, who I wom~d
like to ask to stand up, who are here. ~d in the essence of saving time, they
will not speak, but they have all signed in the sheet opposed to this bill and
we are opposed to the amendment as well. Thank you, brothers and sisters.

Madam Chairman, good morning, and thank you for allowing me to speak. I
am writing on behalf of the New Hampshire and Con.struction Trade Council
in regard to the clean air scrubber project at Public Service Company of New
Hampshire’s coal fired Merrimack Station in Bow. While my comments
pertain to an important, r~y comments may be lengthy but they pertain to an
important public policy matter. I will read it in its entirety.

The New Hampshire Building Trades represents more than 5,000 highly
skilled New Hampshire workers, from 19 union locals encompassing all
skilled crafts. We also represent their family members, their wives, their
children, their mothers. their fathers, their grandparents and all their
relatives, As you may know, in 2006, the New Hampshire Legislature
passed and the Governor signed into law House Bill 1673, which represents,
which requires the complete installation, no later than July 1, 2013, of
scrubber technology, wet flu gas desulfurization technology at the Merrimack
Station power plant in order to achieve at least an 80 percent reduction in the
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Station power plant in order to achieve at least an 80 percent reduction in the
plant’s mercury emissions. In so doing, the Legislature found that it is in the
public interest to achieve significant reductions in mercury emissions at
Merrimack Station as soon as possible. And that scrubber technology
achieve significant emissions reduction benefits including, but not limited to,
cost effective reductions in sulfur dioxide, sulfur trioxide, small particulate
matter and improved visibility, otherwise known as regional haze.

Currently, workers from New Hampshire building trades unions have
already begun site preparation work for the scrubber installation, and skilled
New Hampshire workers are slated to begin the major installation work by
March 2009 in order to complete this environmentally essential project on
time. Unfortunately, there is now a move legislatively and via litigation to
delay this project, so its costs can be studied and, to determine if New
Hampshire would be better off replacing this coal fired electrical generation
facility with non-coal sources. We certainly understand the concerns
articulated by various parties about moving New Hampshire toward
alternative sustainable and non-fossil fuel energy source~ as rapidly as
feasible. In fact, our affiliated unions are actively engaged in further
enhancing our existing construction expertise related to solar and wind
power, turbine retrofits, energy efficiency and other sustainable renewable
energy sources. Therefore, we have both the interest in a~d capacity for
being a key part of New Hampshire’s transition to a greener energy mix.

However, we are deeply troubled that the current conversation about
Merrimack Station clean air scrubber appears to be framed as an either/or
proposition, when what we really need is to be focusing on is both/and. In
other words, the Legislature must keep this two year old commitment to
every New Hampshire citizen impacted by the emissions from the Bow coal
fired plant that a clean air scrubber will be installed without delay. At the
same time, all stalteholders concerned about our state’s energy generation
and utilization must come together to forge a common vision for a realistic
transition plan and time frame for moving New Hampshire substantially
forward in terms of planning, siting, permitting, financing and building
alternative energy power sources.

Further, these sources must have a generation capacity of such a magnitude
that they can truly meet New Hampshire’s electrical energy needs. The New
Hampshire Building Trades Council is ready and willing to be an active
partner in this planning and building process. It is critical to keep in mind,
though, that we are not talking about months in regard to such transition,
planning and execution. We are talking about years. The nationally
regarded, the nationally regarded University of Southern California Energy
Institute, which is dedicated to helping communities transform to
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environmentally sound energy choices, perhaps said it best when it noted
that any significant. shift to alternative fuels will take years or decades. ~d
I can tell you from my 38 years experience in the building trades, it will no
doubt be decades to accomplish. In the interim, it is essential that
conventional fuels be used more efficiently and their environmental
consequences mitigated. Sounds like the scrubber project.

Here are the facts that we hope you’ll keep in mind as the policy discussion
-takes place regarding the installation of clean air scrubber technology at
Merrimack Station. The estimated $250 million installation costs from 2006
was revised two years later to $457 mfflion. The cost increase was attributed
primarily to raw materials and materials transportation cost increases. As
every home and commercial builder knows, costs for materials have increased
exponentially in the ~ years. Now that we are see~ng a downward shift in
gasoline prices, we expect that materials transportation costs may level or
moderate, for the short term only, and we certainly hope the scrubber project
can take advantage of that price leveling by beginning quickly.

Currently, PSNH’s Merrimack Station supplies New Hampshire businesses
and households with 433 megawatts of power, base load, approximately 35
percent of PSNH’s electricity generation portfolio. Some would have you
believe that New Hampshire can shut the door on coal after a several month
study period, and somehow construct alternative facilities to produce 433
megawatts of cheap, clean and reliable replacement power in a matter of
months. If this were so, we’d be ready to build those alternative plants
today.

But we urge you to keep this policy discussion in the realm of the realistic.
The reality is that, even if New Hampshire policy makers and community
partners were to start electrical generation capacity, further there is also the
issue of transmission line capacity. We see great potential for developing
exciting alternative energy facilities in New Hampshire’.s north country —

from biomass to wind farms and more. But currently we lack the
transmission capacity to get the resulting energy from New Hampshire’s
north to the bulk of the electrical users who are in New Hampshire’s south.
We should make enhanced transmission capacity a priority for any energy
related federal economic stimulus funding received by New Hampshire, at
the same time we are moving ahead and cleaning New Hampshire’s air
through construction of the Merrimack Station’s scrubber.

Some have suggested that PSNH be directed to shutter or dismantle the
current coal fired facilities in Bow, and immediately build on the same site a
400 megawatt combined cycle natural gas facility. Not only is this not
realistic as a near term solution, but one has to ask why it makes any sense
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whatsoever to tear clown one transmission fossil fuel facility in order to ‘build
another transmission fossil fuel facility. Further, has any sound, impartial
analysis been undertaken about the practicality or desirability of such a
switch? Assuming it’s even realistic in terms of energy planning and.
economics, the consumer interest in the optical energy mix for New
Hampshire’s long term future..

Some would like to shut the door on coal, some who would like to shut the
door on coal have estimated that $457 million is not the real cost of the
scrubber project, and that rather, it could actually cost more than $2 billion.
These projections are completely speculative and full of what ifs. Also, this
speculation about dramatic cost increases includes projections about
regulatory changes that will impact the entire elebtrical generation
landscape, not just Merrimack Station. Further, we believe this conjecture
was done with no knowledge of existing project contractual agreements that,
in fact, are structured with the goal of ensuring an on time, on budget project.
However, if not allowed to begin on time, this project’s costs will go up
substantially. It is well known that construction delays increase construction
costs. This is an economic reality for any current construction project,
whether it is a house, a state office building, a highway bridge, a public
school, a county jail or power plants.

Some are saying that they simply want to delay the beginning of the scrubber
construction for a very short period so its cost benefit can be further studied.
W’hat might be the possible outcomes of just a few months of study? Let’s
say that in two months of study, the studiers say we shouldn’t spend $457
million on scrubbers because coal is so yesterday and not tomorrow. What,
and other New Hampshire citizens, what then? Do we not install the
scrubbers? Then what do we tell all those who live in or near Bow and other
New Hampshire citizens who are impacted by the existing mercury
emissions? Do we tell them, never mind, we’re breaching the co~mitment
we made to you two and a half years ago? Do we tell them, just keep
breathing the unscrubbed mercury emissions? Or do we padlock the doors to
Merrimack Station? And if we do, where will the replacement electricity for
southern New Hampshire users come from? How will it get to their homes
and businesses? How much will it cost? And realistically, how long will it
take to plan and build these new facilities that will replace Merrimack
Station’s 433 megawatts? And what do we tell the several hundred New
Hampshire workers who are now trained and poised to begin installation of
the scrubbers and to pump the resulting good wages into the New Hampshire
economy?

This letter is not intended to take a position on the use of coal as a power
source of tomorrow. Rather, it is meant to promote a realistic policy
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discussion for today. Like it or not, we already generate a substantial
portion of New Hampshire’s electricity from coal. This is a reality. It is also
a reality that the Legislature has already studied the need for clean air
scrubbers at Merrimack Station, and has delivered an unambiguous mandate
that it is in the public interest for the scrubbers to be installed, It is a
further reality that hundreds of New Hampshire workers expect to begin this
project in a matter of weeks, and as I mentioned earlier, we already have 70
workers on that site, which has already generated 12,500 hours up to today.

The men and women of New Hampshire Building Trades Council implore you
to not get confused into thinking you have to choose between the Merrimack
Station scrubber project and moving toward a non-coal future if that
ultimately is an energr policy objective for New Hampshire. This is not an
~Let’s get started on scrubbing the Merrimack Station
~i~i~s~ons today and let’s also move aggressively today to plan for whatever is
deemed to be the most desirable energr mix for New Hampshire for the
decades to come.

The members of the New Hampshire Building Trades thank you for your
attention to this matter, and I just wanted to give you some projected costs on
replacing that power. We have estimates that to replace the power with
wind will cost $3 billion, and to replace that power, 450 megawatts, with
wood will be $1.5 billion.

Our members and their families are here today because they care about the
health of their families and they care about the health of their children. This
project is a great thing for New Hampshire. It’s going to clean the air, it’s
going to clean the waters and streams. We’ll be able to eat the fish more
than once a week. This project also generates jobs for my members, good
jobs, good paying jobs with wages and benefits. It also will train people for a
skilled work force for New Hampshire’s tomorrow. We here ask you today to
please vote this bill ITL and support the scrubber project. Thank you.

Please see Attachment #3, Edward Foley’s testimony.

Senator Martha Fuller Clark, D. 24: Thank you very much, Mr. Foley, No
clapping please. We appreciate your enthusiasm but we db have decorum to
maintain. Are there questions from the members of the Committee? Seeing
none, I would like to call upon the next speaker.

Jameson French: Thank you. Thanks, Senator Clark. I’m Jameson French
from Portsmouth, New Hampshire. Appreciate being able to speak early
because I have to catch a flight. I’m President of Northern Forest Products
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in Kingston, b~ew Hampshire and m~ family s been in the haidwood lumbe~
industry and forest products industry in New England for the last 125 years.

~y\.Te still employ 30 people in New Hampshui’e. I say still because we’re part
of a severely challenged industry. In fact, hearing these comments about
prices going up or staying stable, in the wood business we’re looking at 30,
40, 20, 30, 40 percent price decreases in most of the products. Most of the
sawmills and the producers across the state are shut or laid off shifts. We
are a severely challenged industry. We’ve also faced for many years in New
England excessive, very uncompetitive power costs in relation to Quebec, our
competitors across the border in Quebec, and also our competitors in West
Virginia, Pennsylvania and other parts of the state.

I also should say I’m a member of the Governor’s Climate Change Policy Task
Force, and I’m also chairman of the Hardwood Federation in Washington,
D.C., which represents about 14,000 hardwood related companies across the
United States. Until probably, at least last year, we had over a million
familie~ represented in the hardwood industry. I also might add that I have
remained a registered Republican, primarily because of my fiscal
conservative roots.

I also want to add that I have huge personal respect for Gary Long and feel
that PSNH has been a very good corporate citizen of our state. Iwould not
be ]aere today if this project was on budget. I strongly supported the $200 to
$257 million scrubber to reduce mercury and 5Q2 if it was crafted out. But
as a representative of an industry that can’t afford any cost increases, I’m
deeply concerned on the impact of this open-ended project. I’m floored, quite
honestly, that in this deep recession the price for this project has not gone
done, instead of nearly doubling. All the raw material costs involved, from
concrete to steel to lumber, copper, have dropped substantially, 20, 30
percent in many cases. I don’t understand why PSNH isn’t able to establish a
fixed price and why the costs are so high. In these very, very troubled times,
it seems only fair and appropriate that the ratepayers of the state should
know what the costs will be and why it has gone up so much.

It’s mind boggling that this Legislature can have huge battles over $3 and $4
million funding for LCHIP, or drug and alcohol prevention funds, and doesn’t
seem to be very worried about a potential 2 or 300 hundred million
expenditure that we the ratepayers, the taxpayers, will be paying for. It
seems very appropriate that the study that SB 1.52 calls for be done and done
soon. We ratepayers need to know what the impact of this project will be on
our future energy costs. We all know that Merrimack Station is there for the
immediate future. But in the long term picture of energy generation in New
Hampshire, is a $400 or $500 million, or more, investment the right thing for
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the state and for our ratepayers? We all need more information to make the
decision.

Thank you very much.

Senator Martha Fuller Clark. D.24: Thank you very much, Mr. French.
~ there questions from the Committee for Mr. French? Thank YOU.

IVIr. French: Thanks,

Cameron Wake: Good morning, Madam Chairman, and thank you for the
opportunity to speak today. My name’s Cameron Wake, I’m a research
associate professor at- the University of New Hampshire. Also the Director of
Carbon Solutions New England. and also a member of the Governor’s Climate
Change Policy Task Force. I’m here today to support, to speak in support of
Senate Bill 152, in support of research and analysis that informs decision
making.

I’d like to begin and focus most of my comments today on the issue of
uncertainty. The focus of my research is the earth’s climate system. While
our understanding of the earth’s climate has improved significantly over the
past three decades, there remains considerable uncertainty in our
understanding of the earth’s response to recent rises in ~eenhouse gases in
the atmosphere. Over the last five years, the scientific community has been
surprised and dare I say, in some cases, shocked at how our climate system is
changing far more rapidly than we predicted even five years ago. This is
especially true for the precipitous reduction in the extent of our sea ice during
the summer of 2007, over a 25 percent reduction compared to previous year.
Why is this important? Because as more sea ice disappears, more of the
solar radiation that used to be reflected back into space by the white sea ice is
instead absorbed by the dark surface of the ocean, resulting in more warming
of the surface and more sea ice lost, a vicious circle which we call a positive
feedback loop.

In addition to the disappearance of artic sea ice, scientists have tracked a
dramatic increase in the melting of the Greenland ice sheet and subsequent
doubling in the velocity of large ice streams draining the ice sheet. Our
recent paper in Science magazine provides a sobering analysis. The good
news? If melting of Greenland ice sheet continues to increase at rates We’ve
measured over the past decade, it is unlikely that sea level will rise by more
than seven feet by the end of the century. The bad news? Sea level might
rise by seven feet over the course of the next century.
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While scientists can provide society with broad outlines, we are unable to
pinpoint exactly how our client system will change over the next century, for
a whole variety of reasons. The largest uncertainty in our future climate is
that the climate that our children and grandchildren will inherit is the
amount of heat trapping gases that are emitted from human activities.
Despite these uncertainties, we know for certain that we can reduce the
magnitude of future climate change by reducing our emissions of heat
trapping gases. We also know that the only way to avoid catastrophic
climate change is to begin right away to reduce these gases. Any margin of
error we had for leeway of acting has disappeared in the last 20 years of
inaction.

Alright, so why the science and why the uncertainty? I firmly believe that
informed, policy decisions require the best possible information. Detailed
research and analysis can and should serve to reduce the level of uncertainty
regarding the impact of any policy decision. I believe that the analysis that
we did at the University of New Hampshire for’ the New Hampshire Climate
Change Policy Task Force on both carbon emissions and the. economic impact
of a broad, range of actions in transportation and land use, residential and
commercial and industrial buildings, energy generation and use, and
agriculture, forest, ??? (2:20:45) waste, provided decision relevant information
to the Task Force to make informed decisions. The results are striking.
Investment in energy efficiency and renewable technologies has a significant
positive economic’ impact for the state. You’ll be hearing more about that
when the Governor releases the report on March 25th.

I believe the same issue is true for the question raised in Senate Bill 152. Is
the estimated cost of $457 million to install the mercury scrubber at
Merrimack Station in the best interests of the State of New Hampshire and
in the ratepayers? Much has in fact changed since 2006. Not only the
estimated cost of the project or the’reduction in our fixed sea ice. It is also
clear that the Obama Administration and Democratically controlled
Congre.ss, we are headed for a ‘nation constrained by carbon, likely through
the passage of some form of cap and trade bill, in the not too distant future.

It makes perfect sense to me that we’d take this opportunity, given changes
that have occurred and that are likely to occur in the near future, combined
with the relatively long payback period of the scrubbe~ project, to investigate
the costs of future electricity generated b.y Merrimack Station in a carbon
constrained world and the cost of developing alternative sources of energy
and the costs of carbon capture and sequestration. Informed policy requires
the best possible analysis and while this analysis certainly won’t remove all
of the uncertainty, it will provide important decision ‘relevant information
upon which informed policy is based.
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Thank you

atolartita Fuller Clark, D. 24: Thank you very much, Mr. Wake. Are
there questions for Mr. Wake? Thank you.

Sarah McGraw: Hi, my name is Sarah McGraw and I’m a freshman at the
University of New Hampshire, I’ve been lucky to grow up living in a clean
environment, as a kid playing in the woods and streams, and hiking in the
beautiful mountains of New Hampshire. Some are not so lucky, though,
because the mountains and valleys of Appalachia have been ravaged by
mountain top removal in the search for more coal, while mountains are
destroyed because of the coal we burn here in New Hampshire. Just because
I don’t live where coal is mined, doesn’t mean we’re not affected. As you
know, a large percent~ of New Hampshire’s emissions, along with the endless
amounts of pollutants into our woods and streams, come from the power
plant.

The economy is not going to drastically change any time soon. So think about
jobs for the future. Let’s train our workers to be skilled in long term jobs.
We can save our mountains, our air and our environment if we start to invest
now. I’m an environmental conservation major and I hope to have a job
coming out of college to pay for my increasing debt. If we continue to only
look at short term solutions of the ener~r crisis, specifically coal plants, then
there will not be good paying jobs for millions, which is not that far into the
future. I am very hopeful that the U.S. and New Hampshire can be a leader
in renewable ener~r. But the only way to move ahead is ~we do not hesitate
to spend our money on renewable ener~i. The sun, the wind and water is a
constant renewable, re-useable resource. Haven’t we waited long enough?
How much longer can you afford to rely on a dying ener~r resource? How
many thousands of jobs wlll be lost in the future and what kind of future will
my children have if we don’t look at real ener~ solutions now? And that is
why I support House Bill 152. Thank you.

Senator Martha Fuller Clai’k. ID. 24: Thank you very much. It’s come to
my attention that Representative Pepino is here. If you could come forward
at this time in order to speak, we’d appreciate that.

Representative Leo Penino: Thank you, Madam Chairman.

Senator Martha Fuller Clark. D.24: You’re most welcome.

~~p~sentative Pepino: I’ll make it very short. I worked at Unit 1 in Bow, I
worked at Unit 2 in Bow. Unit~.3, well the scrubber’s. I’ll call it Unit 3 for
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now. You’ve been talking about it for two years. Since then, the price has
doubled. When we had Seabrook, you talked about that for I don’t know
how many years. The price of that tripled. So let’s pass this, get these guys
back to work. If I was one of them, I’d be working. Get these guys back to
work and that’s all I have to sa~. Let’s get things moving. Thank you.

Senator Martha Fuller Clark. D, 24: Thank you very much. Are there any
questions?

Claire Sebilla: Hi, my name’s Claire Sebilla and I’m a sophomore at the
University of New Hampshire. I thanJ~ you for the opportunity to speak here
to day.

I’m here because I’m deeply concerned about our energy future of our world
and our nation, but really, most importantly, the future of Ne~ Hampshire.
I will, hopefully, be on this planet for many more years. ~d we cannot
afford to only see the short term effects of this bill. Fve always had a hard
time adjusting to change. Most of us do. But because of the urgency of our
current situation with regards to the economy and the predicted effects of
climate change, we must put convenience on the back burner.

On my way to Concord this morning, I heard on the radio that New
Hampshire will receive tens of millions of dollars from the federal
government for weatlierization and energy efficiency programs. This is great
that the new administration recognizes the need to address our energy needs
and how we use energy. One of the concerns raised this morning was that
renewables like solar and wind are intermittent or unreliable. But that’s
simply not true. The problem lies with coal and other fossil fuels, because
they’re not renewables. These are the energy sources that are unreliable,
because they come from finite resources. Eventually, we’ll be forced to adjust
our energy usage, so why not look ahead and act now? By passing this bill,
New Hampshire can take a step in the difficult but necessary journey
towards a clean economy, one that employs New Hampshire workers creating
renewable energy. My future depends on it and our future depends on it.
Thank you.

Senator Martha Fuller Clark. D. 24: Thank you so very much. Are there
any questions for Claire?

Abbv Gromberg: Hi, my name is Abby Gromberg. I’m a freshman at the
University of New Hampshire and I’m outnumbered today, saying that I hope
that the bill passes and ultimately closes down the power plant. I feel that
the scrubber is a short term solution and I’m here today as a voice and as a
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face of future generations, looking for steps such as closing down the power
plant, that will be that long term solution. Thank you.

Sen~or Martha Fuller Clark. D. 24: Thank you very much. Any
questions?

Zo Tobev: Hello, thank you for the chance to speak. My name is Zo, Zo
Tobey. I grew up in Nashua. I moved to Lyndeborough with my folks.
Now I’m diving in Keene, so I’ve gotten to see quite a few parts of our state.
And I have the distinct privilege of working as the northeast organizer for the
Sierra Student Coalition. And from my job, this is really cool, my job is to
coach and mentor young people throughout the northeast who are organizing
to save our climate, save our economy and to save our future. So I have a
great job.

And I am in support of this bill. To me, the choice that we face is actually an
either/or, and I’m a pretty nuanced guy. I see the world in grays, not in
blacks and whites. But there is a choice ahead of us with this bill, and that
is to spend more on a dying fossil fuel economy or to invest in a growing green
economy that can lift the middle class back up into prosperity, and lift those
in poverty out of it. I just want to say to everybody here wearing a green
shirt: I respect you and I honor you so much for all of your contributions to
my future and my now. And I respect and honor you so much for being a
part of this public process. And to Senator Odell, for your commitment to
our health, the health of women of child bearing age and the children, I want
to really respect and honor that. And we are in very uncertain times here
together and it seems sometimes like we’re on separate sides. And I don’t
think that is the case.

First off, I just want to say, I understand there’s nothing more fundamental
than a job. My dad, he grew up poor, in Israel. When he came to the
country, the United States, he didn’t even speak English. He found out that
he and my mother, who had just gotten married, were pregnant, and so
without any options reallyavailable, he started painting houses, And that’s
what he’s done for my entire life, growing up. And I remember him coming
home at 6, 7, 8, 9 and the smell of sweat and paint. And during the recession
in the early ‘90s, I remember he had to work three jobs, driving a taxi,
painting houses and delivering pizza. I thought it was cool that he delivered
pizza, because he caine home and brought the green pepper and onion for us
that was left over, But I saw how hard he worked, because he believed
fundamentally that every generation owes a debt to the ones coming next.
And that every generation coming next has the right to a better world than
the one that came before. My generation, we’re a special bunch. We’re the
most tolerant, diverse, thoughtful, informed, connected generation in history.
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We’re also the biggest and most politically powerful generation in modern
history. And we voted in record numbers in 2008. Through the Power Vote
campaign to get young people to pledge to vote and to vote for clean and just
energy sources, and not just for a party or a candidate. We got 350,000
people across the country, young people, to pledge to vote for clean energy.
And we voted in record numbers, and that’s because we know that our future
is slipping away right now.

Every year, there’s less and less that we have to rely on. My friends are
struggling to pay the rent, my friends who went to school are struggling to
pay for their tuition bills

Senator Martha Fuller Clark. D. 24: Excuse me, but

Mr. Tobev: Yes?

Senator iViartha Fuller Clark. D. 24: ... it would help if you could move
along.

Mr. Tobev: Yes, sorry. And in the back of our minds, we are thinking about
the climate crisis. We saw what happened on TV with Hurricane Katrina.
We know that that can happen more and more if’ we don’t take drastic steps
right now and we’re here because we know we can do better. We can create
good paying jobs in biomass and solar and wind, and energy efficiency in
insulating homes. We know we can do it and it’s going to take a lot of hard
work and it’s good work that needs to be done. But we’re going to need every
penny to make it happen. So every penny, every dime, every dollar, every
million dollars that goes towards perpetuating the dirty energy economy of
the past, that’s one penny less, one dollar less, one million dollars less that
we can move forward, and we don’t have that time to afford.

Senator Martha Fuller Clark, D. 24: Thank you very much.

Mr. Tobev: Thank you for having me. And I just also want to say, I didn’t
think that there was hope at one point, when I was in high school. And it
was the General Court of New Hampshire that changed my mind, because
Representative Hal Melker talked to me and for those of you who know him,
he was 80 years old and a real Renaissance man, and he asked me if I would
go to the woods like Thoreau did, and I said, yeah, definitely. ~xd he said no
way, you’re going to have to look at your grand kids in the eye every day.

Senator Martha Fuller Clark, D. 24: We very much appreciate this
discussion, we appreciate the recognition of Representative Melker, but we do
need to move on. Thank you.
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torartha Fuller Clark, D.24: We have about 10 minutes left before
recessing for lunch, so I’ve done my best, but I would hope that you will do
your best to be quick too. Thank you.

Donald I~sharski: Madam Chair, New Hampshire Senators, I appreciate
the opportunity to speak here today. My name is Donald Kisharski, I’m an
instrumentation control technician at PSNH’s Merrimack generating station.
I live in Hooksett, New Hampshire, and my wife Alice and I have six
children.

I’m here today because I’m very concerned about Senate Bill 152 and the
effect it may have on my livelihood. I believe this bill threatens my job and
the support that it provides for my family. The cost of raising a family in
New Hampshire from food to college education is increasing at a dramatic
rdte. Workliig families like mine find it harder and harder to make ends
meet. We try to scrimp and save all we can, but without a good paying job, it
would be nearly impossible. It has already been determined that this clean
air project at Merrimack Station is in the best interests of retail customers
and the citizens of New Hampshire. The clean air benefits will be significant
and the costs will be minimal to our customers, one to two dollars per month,

If you postpone this project, it will lead to higher costs, or worse, closure of
our most economical and reliable source of power. Many working families
such as mine will suffer if this project does not go forward. Our economy is
in its worst recession in decades and it will be even more difficult for workers
to find a good job if this project is halted. Our fragile economy and the
wellbeing of many New Hampshire working families depends on this clean
air project. Our future is at stake, so please vote on SB 152. ~d thank you
for your consideration for the working families of New Hampshire.

~nator Martha ~iller Clark. D. 24: Thank you very much. Any questions
from the Committee?

Daniel O’Neil: Good morning, Madam Chair.

Senator Martha Fuller Clark. D. 24: Good morning. Very nice to see you.

Mr. O’Neil: For the record, my name is Daniel O’Neil, I serve as an
Alderman in the City of Manchester. I’m a ratepayer of PSNH and had the
honor of serving in the New Hampshire State Senate, representing District
18. I’m here in opposition to Senate Bill 152.

Energy costs remain a major concern for most municipalities throughout the
state, and any changes in policy that result in increased energy costs has a
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Energy costs remain a major concern for most municipalities throughout the
state, and any changes in policy that result in increased energy costs has a
direct impact on taxpayers and municipalities’ ability to provide critical
services to residents. Taxpayers, taxpayer money paying for electricity is not
going to go to healthcare or other social services. As you may know,
Merrimack Station produces electricity at costs below open market prices.
This means that this facility puts downward pressure on PSNH’s customers’
electric bills. Enacting public policy that establishes a path that would lead
Merrimack Station out. of compliance with state emission laws and could
result in a shutdown of the plant would mean higher electric costs for all
PSNH customers. The City of Manchester, our residents and businesses
together pay approximately $122 million for electricity. If PSNH was forced
to replace power produced by Merrimack Station on the open market, it could
cost the City and all Manchester ratepayers an additional $.5.5 million per
year. While I don’t have numbers for other municipalities, this same concern
applies for any ~unicipalities in the PSNH service territory. Those include
Nashua, Rochester, Portsmouth, Keene and others.

Also, while it hasn’t received much attention, initiating policies that could
lead to the shutdown of Merrimack Station could negatively impact the
future of Manchester by eliminating the possibility of bringing passenger rail
service to the City. A lot of people have worked for years to move forward
with this issue, but the fact is that all plans for passenger rail service depend,
and. I’ve heard Commissioner George Campbell talk about this many times,
depend on active freight rail operations. Without freight trains carrying
coal, lime and other materials to and from the Bow power plant, passenger
rail service will not happen.

Given our current economy, we also need to give consideration to the impact
of this bill on jobs. Manchester, like the state, is seeing a downturn in
revenues as a result of the reduction of economic activity and employment.
Considering there are current workers on site and more planning to start in
the coming weeks, iVierrimack Station’s clean air project is truly shovel ready
and your support of a bill that delays this project is the same as supporting
the elimination of jobs. Truly the timing of this bill could not be worse.

It’s also important to understand PSNR is a fabric of my city, as a great
corporate citizen, and any efforts to undermine them hurts us. PSNH owns
85 properties in Manchester with an assessed value of $105 million, and pays
the City of Manchester almost $1.6 million in property taxes. Additionally,
New Hampshire DRA bills PSNH directly for the state education tax. Most
importantly, the company has 322 employees who live and pay taxes in the
City of Manchester, that’s about, I think, a quarter of their workforce. The

001095



scrubber project wjFl also employ Manchester many, many IVianchester
residents, both in the construction trades and many of the indirect services
needed to support the project. -

As previously stated. I represented District 18 in the state Senate a few years
ago. During my time in the Senate we made a lot of pro~ess in the effort to
reduce air emissions from power plants. People like then Governor Jeanne
Shaheen, Jeb Bradley, Carl Johnson, Terie Norelli and Sylvia Larsen. all
provided bi-partisan leadership to ensure thatwe not only made pro~ess to
reduce emissions, but that we did it in a way that ensured stability and did
not increase the costs of electricity for residents of the state. It would be
unfortunate to see these important environmental gains delayed in a manner
that could create greater risks for residents, businesses and municipalities in
New Hampshire

Just a couple quick points, Senator Letourneau mentioned construction
costs. The State of New Hampshire is not immune to that. I chaired a
committee here at one time when the costs of 1-93 was $370 million. It’s now
$700 million and there’s many that believe it’s going to be a billion dollar
project by the time it’s done.

And finally, Madam Chair, you have on record a letter from Dave Preece.
who’s the Executive Director of the Southern New Hampshire Planning
Commission, and his opposition to the bill, and Mr. Preece just asked me if I
could just make sure the Committee did have that information.

Please see Attachment #4, Daniel Foley’s testimony.

Senator Martha Fuller Clark. D. 24: We’ll check to make sure that we have
it, and we’ll read it.

~ O’Neil: I have copies of my comments. If the Committee wishes, I can
give them to you.

Senator Martha Fuller Clark. D. 24: We appreciate that so much.

Mr. O’Neil: ‘Thank you.

Senator Martha Fuller Clark, D. 24: Are there questions for Mr. Q’Neil?
Thank you very much.

Mr. O’Neil: Thank you, Madam Chair.
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Harold Judd: Thank you, Madam Chair, Senators. My name is Harold
Judd, and I’m here to speak in opposition to this bill. I believe the bill is
unnecessary and I think it’s ill conceived.

By way of background. I am a Selectman in the Town of Bow, I have been
for seven years, I’ve lived in the town for 20 years. I’m well acquainted with
PSNH. I began my career as the State of New Hampshire’s Consumer
Advocate after serving in Washington, the Department of Energy. I
returned as a Senior Assistant Attorney. General and lead counsel in the
PSNH bankruptcy and the Coop bankruptcy. Presently, I am a principal in a
consulting firm advising regulatory entities across the nation and utilities on
a number of issues, including the siting of new generation. In the past year,
strike that, in the past five years, my firm has evaluated over 60,000
megawatts of new generation across this country. That’s equivalent to 100
Merrimack Stations and about over 50 Seabrook stations. Units we’ve
evaluated have ranged from nuclear power to biomass, solar, wind, coal and
gas fired plants. We do no work for PSNH. The only work we do in the
State of New Hampshire right now is for the State of New Hampshire
regarding planning for the decommissioning of the Seabrook unit.

I urge this Committee to find this bill inexpedient to legislate for the
following reasons. First, the legislation is unnecessary. The PUG will
conduct a full audit and prudence review after construction is completed.
This is standard procedure. I’ve been involved in a number of prudence
reviews in the last .30 years. I’ve seen significant cost disaliowances for
waste, fraud, abuse. I have no doubt the PUC will be ag~essive and do a
thorough job before this expense is included in rates.

Second, if this plant project is delayed, it’ll have significant impact. PSNH is
mandated to have the scrubbers in place by a date certain. If they miss that
date, they will be out bf compliance, they will have to shut down.

Third, I firmly believe regulatory entities are entitled to regulatory certainty.
The relevant provisions of RSA 125 were enacted after a process that was
vetted by all parties of interest. I believe the State, if the State reneges on
the regulatory compact established by that statute, it wbuld face serious
consequences. In the near term, PSNH would likely face much higher
financing costs. As everyone in this room knows, access to credit is a major
problem for businesses today. We should be doing nothing to make it harder
for one of our major corporations. In the long term, I think that rolling back
what was done in that statute will have an adverse affect on other industries
and certainly on regulated companies in the state.
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Fourth, if a delay results in a closing of the plant, a reliable supply of ener~~
will be jeopardized. It is essential for utilities to have a diversified portfolio
of generation. It helps in cost containment and it certainly helps for cost
projections. By way of example, there’s been talk here about there’s cheap
alternative power available in New England today. Well, if you look at the
cost of gas, which is now at $4 a million BTU, in September alone it was $13.
There’s great volatility. These base load units bring us ~eat certainty, they
bring certainty for all businesses that rely on having that electricity, as well
as for residential consumers.

Fifth, the Merrimack Station is a base load unit. It’s reliable, it’s
dispatchable. The evolving technologies that we all expect to see in the years
ahead, such as wind and solar, are not dispatchable. You can’t call them up
when you need them They aie pait of the solution, but they aie no
replacement for base load units.

And sixth, PSNH is a good corporate citizen. They’ve been a good citizen in
BOW, they’re a good citizen in this state. The current management has
demonstrated a recognition of the need to be responsible and accountable to
the customers in the area and to the state. I believe the company entered
into an agreement when they reached agTeement with this body and with
other interested parties in RSA 125. And I think as a matter of public policy,
we should encourage that type of behavior and that we should all work
together to reach our collective needs, we should respect what they did.

I urge you to find the bill inexpedient to legislate, to honor the commitment
that this state made with PSNH and other stakeholders, and then to permit
the PUC to complete the regulatory review and the prudence review that
they will do, that they are equipped to do and that’s their standard charge
under the statutes.

Thank you. I have copies of my remarks that I will leave with the
Committee.

Please see Attachment #5, Harold Judd’s testimony.

~~ator Martha puller Clark. ~. 24: Thank you so very much. Any
questions from the Committee? Mr. Lee, we have two minutes left. Can you
speak in that time or would you prefer to speak after lunch?

Alexander Lee: Yeah, I can speak during that time. I have my testimony, I
can just hand that to you.

nator Martha Fullei. Clark. D. 24: Thank you.
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Madam Chairwoman and members of the Committee, I’m .Aiex Lee, I’m the
Executive Director of Project Laundry List. And we take the position that
it’s, we have 4,000 members around the country and 400 right here in New
Hampshire. Project Laundry List takes the position that it’s always good to
ask questions and study all options, so we support the Janeway bill.

PSNH and the building trades unions are wondering where the boots on the
ground, shovels in the ground jobs would be if the plant was determined by a
study not to be the best option for New Hampshire. These are good
questions.

The conservation community has done this Committee and the larger
b~siness community has done this Committee, I think, a disservice so far by
not providing a more comprehensive list of the “you can start tomorrow”
projects that are out there. Most of the projects that do not have a big lead
time are demand side management projects. There are plenty of such
projects, but it’s important to recognize that making the hard choices that we
should have made years ago is not going to be a painless transition. There
will be some jobs lost if the Bow plant closes. And there will be people who
cannot help repower or upgrade the plant. There were will be some
shareholders of PSNH or NU that lose money, and there will be some job
retraining. -

It may sound heartless, but Project Laundry List has discussed this at our
board meeting and we just don’t think that’s the end of the world. The end of
the world as we know it would be hastened. So if New Hampshire does not
make the hard choices about ending our dependence on fossil fuel, how many
jobs and lives will be lost if we contribute to the flooding of Bangladesh by
seven feet, by running our microwaves and close dryers here in New
Hampshire? The science is almost unequivocal that we need to lower the
parts per million of carbon dioxide equivalents to 350 if we’re to avoid a
massive refugee problem from major coastal cities and populated island
nations. The way to do that is to switch to wind, solar and megawatts. This
is not an intellectual argument. Boots on the ground and shovels are ready.
They may not be union jobs, but they are good jobs, they’re good jobs.

And they’re there, and you can boo. I didn’t boo when you stood up, so I’d
appreciate some respect. Thank you.

But Project Laundry List is prepared to offer its laundry related ideas about
the way that New Hampshire businesses and residents could save millions,
millions of dollars on energy costs, but this may not be the right place or
time. Project Laundry List has provided these ideas to the employees of
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PSNH and even issued a press release that detailed some of these laundry
ideas. Nothing happened, Last week, the Concord Prison facilities manager
won an award from the Governor for putting in place a cold water washing
technology that’s made by a New Hampshire company. Next month, I’ll
hopefully be presenting these ideas to the Mayor of Boston. The question is,
why has PSNH done nothing to adopt these ideas? And I don’t actually lay
the blame with them.

I worked for the PUC in 2002 and 2003 for the Commissioners. And part of
the answer is that the Commission is not able to approve new creative ideas
in a streamlined fashion. Before they can approve any new ideas, they have
to go through a rigorous process that involves figuring out free ridership,
peak savings, measure costs, etc., etc. and so forth, a process that I assume
you’re all familiar with, and the kinds of things that could make even the
mbit brilhia~fheádi~jn Unfortunately, that is what’s holding us up here
from moving forward with the next generation of megawatts and green
power, is that we do not have a system that allows us to approve things in a
fluid way. And so I agree with Ted Gatsas on that.

Project Laundry List is wary of other energy choices this Committee or
certain parties may proffer as alternatives to continued dependence on coal.
Specifically. we’re concerned that methane is produced by flooding new
reservoirs. Hydro Quebec electricity is not a panacea. Methane released by
rotting vegetation over a 20 year period ha.s about 90 times the global
warming potential of carbon dioxide over the same 20 year period. The Bush
era EPA said methane was 32 times worse, but that figure was for what
happens over a 100 year period. We do not have a 100 years to solve the
climate program. Our comments to the Governor’s Climate Commission on
this topic have been ignored. The people that I spoke with at PSNH claimed
to not even know that this might be a problem, if Gary Long was presented
with this information as part of the Commission.

Tropical dams have been studied a little bit more with regard to this methane
problem by researchers in Brazil and India, by researchers there, but the
data is very thin. We need to understand this. Project Laundry List asks
you not to do anything that would fast track building a high voltage wire
highway from Quebec to New England unless you have answers to these
concerns. Furthermore, many are beginning to wonder whether the
devastating earthquakes in China are a result of the large dams there.
These big issues

Senator Martha Fuller Qlark, D.24: Excuse me, if you could focus your
remarks on the bill before us, it would be helpful. We appreciate your
position.
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Mr. Lee: Yeah, I’m sorry. I’ll return to that and I didn’t mean to get off. I
think that that larger vision is really critical and you’re making a decision for
the next generation, here. And I’m not going to be intellectually dishonest
and say that maybe the plant will have to close. Maybe it will, maybe it
won’t. I think it should be studied and you don’t the figures that you had
that some environmental groups agreed to in 2006. You don’t have those
figures. Things have changed. the science Cam Wake talked about has
changed since 2006. The money, the economy has changed since 2006. That
is a critical message. So, I’d be happy to take questions and I’m not a wilting
violet, though my voice is changing.

Please see Attachment #6, Alexander Lee’s testimony.

Senator Martha Fuller Clark, D. 24: Thank you, thank you so very, very
much, and I will hand in your testimony. And are there any questions from
the Committee? Thank you. For the others that are standing, we do need to
break for lunch and we will return at 12:3 0 sharp. Thank you:

Hearing recessed at 12:05 p.m.

Respectfully submitted,
S

4~A~ /V~%~_-_

Recorded by Danielle Barker,
Senate Secretary

Transcribed by Catherine Mullen,
Senate Secretary
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Welcome, from your PSNH Account Executive
Time for customers to fight to maintain power rates and

_______ real customer choice!

__________________________ I. Background:

________________________ An initiative is underway to slop the PSNH ‘Clean Air Project”, and if successful, New
Hampshire customers will be paying more for their energy. You can help by letting your
legislator know where you stand. Read on for details.”

PSNII’s ‘Clean Air Project” is the installation ola $457 million dollar wet scrubber on the Merrimack Station
coal fired power plant. The installation is required by current State law and will significantly reduce
emissions at the plant.

Merrimack Station serves about 30% of PSNII’s customer energy needs for about five (5) cents per
kilowatt hour or up to one half of the volatile market price for energy in New England.The Clean Air
Project will make Merrimack Station one of the cleanest coat plants in the nation, while impacting PSNH’s
energy service rate by an average of (0.33) cents per kilowatt hour. or about 3%.

Senate bill 152 is considered by some as a way to cancel the Clean Air Project. If the project is canceled, then
Merrimack Station will close.

111. Consequences of Senate Bill 152

1. If Merrimack Station closes, power currently produced by the plant will be replaced by power
purchased from the New England energy market. The cost of replacement power will be higher than
Merrimack Station power. Further, this replacement power, could very well come from sources less
environmentally friendly than the enhanced Merrimack Station.

2. PSNII will probably sell nIT all of it power plants removing the choice for customers to purchase
posser regulated by the New hampshire Public Utilities Commission.

3. Hundreds ofjobs will be lost in Ne~~ Hampshire including PSNt-l utility jobs, power plant
maintenance contractors, construction jobs, and others.

4. Higher electric rates will have a negative impact on New hampshire businesses and families.

5. The rail system used to transport coal will lose revenue - this could impact plans for expanded rail
service in New Hampshire and New England.

111. Opposition:
An initiative is underway, by folks including Stonyfield Fanrts’ Gary Hirshberg. the Sierra Club, Conservation
Law foundation, and others to either stop or delay the Clean Air Project. Project construction is underway, any
delays will add costs.

IV. Why The Opposition?

I. Cost
Certain parties question the cost of the project

2. l’ossible future environmental costs and Carbon Dioxide Emissions and Global Warming
The environmental opposition is concerned universally with Carbon Dioxide (C02) emissions from coal
power plants and other sources, - and C02’s impact on “Global Wanning” and “Climate Change’. Further.
opponents claim that new Federal environmental requirements may result in additional costs at Merrimack
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Station and the project should be halted until those costs are understood,

Points taken, but lets us look at reality.

V. Reality

1. Costs
The cost of the Clean Air project will be recovered through PSNI’J’s Energy Service charge. However,
customers are not required to purchase energy from PSNII. Utility customers are encouraged to
source third party suppler offerings to get the price best available!

PSN1-l’s Energy Service Rate tends to be very competitive, and provides “real choice” for customers.
Merrimack Station is key to maintaining this advantage for New Hampshire. Also, third party suppliers
do not seem interested in selling energy to New l-Iampshire families and small businesses. PSNH is the
sole provider of energy to almost one half mill jon residential customers, and small businesses.

Speculation on future Federal environmental costs for C02 is just that — speculation. A Federal
Program will impact every fossil fuel plant in the Nation not just Merrimack Station. Also, here
regionally we have the Regional Green House Gas initiative, (RGGI), so environmental ‘cap and trade”
programs arc nothing new.

2. Customer Needs

Customer dcmandfbr power is predictable and must be met consistently and economically tO niaintain
our economy and way of life. We all know what life was like during the recent ice storm.

Reality is that the electric needs of all our New Hampshire factories, businesses, and homes require
service by base loaded, reliable, environmentally friendly power generation, ~Vind, solar, biomass and
other alternatives are Crest sources of renewable energy, but power output from these sources is small.
and can he sporadic and unpredictable.

Plants like Merrimack Station are key to providine fuel diversity of our base loaded power plants...~lso.
plants like Merrimack Station serve as a key bridge until the day we as a society can design and build a
smarter power system.

Unfortunately it will take years even decades to transfonn the Nation’s and New England’s power system to a
more sustainable, and environmentally “Smart” system. Until that time we need affordable reliable clean
power so New l-Iampshire can compete nationally and interna~onally.

Now is not the time to cause economic damage to New Hampshire businesses and families.

Now is not the time to cancel or delay the Clean Air Proiect that will make Merrimack Station one of
the cleanest coal plant in the United States.

Now IS the time to contact your legislator, business group, and others to encourage the Clean Air
Project to go forward.

Now IS the time for substantive rational discussions on how to best transform our power system to a
“smart” system, that maintains our way of life,

if the Men’imack Station Clean Air project is canceled, New Hampshire electric rates will increase, and jobs
will be lost - which is the last thing we need right now. And frankly. closing the Merrimack Station will not
make a dent in the huge and complex global warming I climate change issue.

Respectfully submitted,

Craig lvi. Trotticr.

Please Contact Your Legislators
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APPEARANCES: Reptg. Public Service Co. of New Hampshire:
Gerald M. Eaton, Esq.
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36
EWI~NESS PANEL: Large~Smagula-~Tillotson.~Errichetti]

1 analysis in your plan?

2 A. (Large) I don’t believe that it’s accurate to say that

3 we have not. “The Company has not produced a base case

4 migration scenario”, that is a true statement. The

5 Company’s filing includes a range of potential

6 migration scenarios, that range from 0 percent to

7 40 percent. We have factored in the possibility of

8 residential customer migration. And, those numbers are

9 factored into that overall computation of the

10 40 percent migration scenario.

11 Q. Was migration an issue in 2010?

12 A. (Large) Yes.

13 Q. When did it first become an issue for PSNH?

14 A. (Large) It’s been an issue in a variety of different

15 ways since, I would say, approximately 2008. Maybe Mr.

16 Errichetti would have a different view.

17 A. (Errichetti) Late 2008.

18 Q. Pardon?

19 A. (Errichetti) Late 2008.

20 Q. Okay. I’m going to show you a copy of a few pages from

21 the Northeast Utilities Form 10-K for the fiscal year

22 ended December 31st, 2010.

23 MR. PATCH: And, I’d like to ask that

24 this be marked as an exhibit.

{DE lO-261} [Morning Session Only] {04-04-12/oay 1)
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THE STATE OF NEW HAMPSHIRE

BEFORE THE NEW HAMPSHIRE PUBLIC UTILITIES COMMISSION

PREPARED TESTIMONY OF ROBERT A. BAUMANN

INVESTIGATION INTO CUSTOMER MIGRATION AND POWER PROCUREMENT

Docket No. DE 10-160

1 Q. Please state your name, business address and position.

2 A. My name is Robert A. Baumann. My business address is 107 Selden Street, Berlin,

3 Connecticut. lam Director, Revenue Regulation & Load Resources forNortheast

4 Utilities Service Company (NUSCO). NUSCO provides centralized services to the

5 Northeast Utilities (NU) operating subsidiaries, including Public Service Company of

6 New Hampshire (PSNH), The Connecticut Light and Power Company, Yankee Gas

7 Services Company and Western Massachusetts Electric Company.

8

9 Q. Have you previously testified before the Commission?

10 A. Yes. I have testified on numerous occasions before the Commission.

11

12 Q. What is the purpose of your testimony?

13 A. The purpose of this testimony is to address a fairness question for PSNH’s customers

14 resulting from recent rising Energy Service (ES) rates associated with increased levels

15 of customer migration to third party supply. This testimony will describe this ES

16 migration issue (“ES issue”) and present some possible solution alternatives as to how

17 the Commission may deal with this ES issue in future ES rate proceedings.
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Testimony of Robert A. Baumann
Docket No. DE 10-160

July30, 2010
Page 2 of 10

1 Q. What are you asking the Commission to address in this testimony?

2 A. There are two general issues that we will address in this testimony that PSNH believes

3 should be the focus of this ES issue.

4

5 Q. What are the two general issues noted above?

6 A. The first issue for the Commission to address is to make a formal determination that due

7 to increased migration, remaining customers (primarily smaller customers) taking service

8 under the ES rate are being unfairly charged for certain ES costs. While migration is

9 happening, customers who have switched from the ES rate to third party supply

10 (primarily larger customers) pay nothing towards these costs until they choose to switch

11 back to service under the ES rate. This is fundamentally unfair as it creates benefits to

12 those customers who have migrated at the expense of customers who have not.

13

14 The second issue only arises if the Commission formally determines that due to

15 increased migration, remaining customers under the ES rate are being unfairly charged

16 for certain ES costs. If this is the case then the Commission would need to explore

17 potential cost recovery options to alleviate these inequities in the ES rate. In this

18 proceeding PSNH will offer some potential solution alternatives, but we believe it is the

19 obligation of all interested parties to work towards reasonable solutions to this imbalance

20 in recent ES cost recovery. The docket schedule offers ample opportunities to submit

21 ideas on the topic and PSNH looks forward to comments and ideas from all interested

22 parties.
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Testimony of Robert A. Baumann
Docket No. DE 10-160

July 30, 2010
Page3oflo

1 Fairness Issue

9

3 Q. Please elaborate on the first issue related to the general issue of fairness where

4 smaller customers being unfairly charged for certain ES costs.

5 A. To address this ES issue we need to discuss what has transpired in the past. In prior

6 years when there was little to no customer migration, the role of the ES rate was to

7 charge all customers an ES rate that was stable and reasonably priced. These historic

8 ES rates offered economic stability to all customers and were supported by PSNH’s

9 generation facilities. Over the years these facilities have produced millions of dollars of

10 benefits to customers as well as providing a stable base of generation supply that the

11 customers could rely on. It was, and still is, PSNH’s obligation and commitment to all of

12 its customers to meet its Supplier of Last Resort obligation at all times for every hour of

13 every day, with reliable and cost effective supply. To that end, PSNH maintains a

14 portfolio of power sources to meet current and future load obligations, These significant

15 power sources are PSNHs own generation and unit entitlements, IPP generation from

16 contracts and rate orders, contracted blocks of fixed purchase power sources, and

17 anticipated market power purchases, mostly through the daily ISO-NE interchange

18 process. Over the past, PSNH has planned and/or procured ahead of time a large

19 portion of the load obligation with its own generation, purchased power and IPP supplies

20 to minimize future market exposure risk from unsecured load obligations.

21

22 Moving to the present, PSNH’s ES load obligation over the past 24 months has declined

23 significantly, due primarily to the migration of some customers (mostly larger customers)

24 to third party supply, leaving the remaining customers (mostly residential and small
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Testimony of Robert A. Baumann
Docket No. DE 10-160

July 30, 2010
Page 4 of 10

1 commercial) with a higher ES rate. Mathematically, as PSNH’s ES load drops, the

2 denominator in the ES rate calculation drops (sales in kwh), thus increasing the ES rate.

3 As a partial offset, the numerator of the ES rate calculation (costs) drops due to the

4 lower power supply requirements including avoidance of variable fuel costs, capacity

5 purchases, etc., but not in the same proportion as the decline in the denominator. The

6 result is that certain costs remain in both the pre and post migration ES calculations,

7 thus resulting in upward pressure on the ES rates for the remaining customers.

8

9 Q. Please expand on the types of remaining costs that are referred to in the last

10 answer.

11 A. There are certain costs that are incurred in direct support of PSNH’s generation or

12 obligated purchased power arrangements that remain fixed regardless of the level of the

13 ES load obligation. The generation costs that are readily identifiable would be

i.4 depreciation and property tax expenses as well as the debt service component of the

15 capital structure which supports PSNH’s generation. Purchased power arrangements

16 that were entered into to minimize future market exposure risk would also have to be

17 honored, and therefore could also be classified as fixed in nature. Arguably, the fixed

18 portion of such purchased power arrangements could be the above market portion only.

19

20 Q. How would any identified fixed costs be handled in the context of this ES issue

21 that PSNH has put forth in this testimony?

22 A. PSNH believes that at the heart of this ES issue is the fairness associated with what

23 customers pay for these fixed costs. We believe that fixed costs that have been incurred

24 for all customers should be supported by all customers in their rates. Therefore any

25 identified fixed costs should not be bypassable which they now are in the current rate
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Public Service Company of New Hampshire
Docket No. DE 11-250

Date Request Received: 09/16/2013 Date of Response: 11/14/2013
Request No. DEPOSITION-006 Page 1 of 14
Request from: TransCanada

Witness: Gary A. Long

Request:
Requests for reports to Gary Long on fuel markets, and/or fuel markets and their effect on generation
on Merrimack Station, beginning in the summer of 2008 through the fall of 2008.

Response:
The following responsive documents from the specified time period were located.
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Docket No. DE 11-250
Record Request DEPOSITION

Dated 0911612013
Q-DEPOSITION-006, Page 2 of 14

Epis review] draft request for Gary Long purchase approval
Richard C. Labrecque <SUPL ENRGY SRCS> <rroIfl: 07/31/2008 04:24 PM
634-2931>

To James R. Shuckerow Jr., David A. Errichetti, Patrick P.
Smith

This message has been replied to.

Jim & Dave - I would like to send this email to Gary asap. Please let me know if you have any concerns or
comments. Pat is on-board.

Gary - at a 2009 power supply planning meeting (Apr 1st) you and Terry expressed an interest in buying
a portion of our 2010 & 2011 supplemental power needs prior to the initial RGGI auction. Pat and I have
spoken and both feel this is a good time to buy.

Our departmental policy requires your written authorization. We request approval to purchase 50 MWs
per hour of On-Peak power for 2010 (a total of 206 GWH). Current market price isapprox. $100/MWH.
Total purchase expense is approx. $21M.

The attached chart details the recent history of the market for 2009, 2010 and 2010 on-peak power. For
2010, the price traded in the $85 - $95 range for most of June 2007 thru March 2008. The market peaked at
$113 on July 14th and has since decreased to about $100. At least one investment bank (Goldman) has
stated a belief that the natural gas market is over-sold and that certain risk factors point to a potential
price increase in the coming months.

The table below is an estimate of supply resources in 2010. The requested purchase of 206 GWH would
represent 2.3% of the total energy requirement.
As shown below, we anticipate a supplemental purchase need of 2928 GWH. However, over 600 GWH
relates to replacement power during unplanned baseload unit outages (which we do not seek to hedge
with forward purchases). Therefore, the 206 GWH represents approx. 9% of our anticipated forward
power purchases for 2010.

Let us know if you have questions or would like to discuss this.

2009 20102011 chart.xls
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Docket No. DE I l~250
Record Request DEPOSITION

Dated 09/16/2013
Q-DEPOSITION~006, Page 3 of 14

GWH
Energy Requirement 8867

Owned Assets & IPPs
Hydro 335 4%
Coal (MK & SR) 3733 42%
NWPP 314 4%
Newington 0 0%
PP 469 5%

_____ 4851 55%

Existing Contracts
VTY 168 2%
HQ CaB Options : 490 6%
BloEnergy Buyout 76 1%
Lempster 63 1%
Pinetree . 291 3%

1088 12%

Supplemental Purchases
Mkt Purchases (On-Peak) 1948 22%
Mkt Purchases (Off-Peak) 980 11%

2928 33%
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$140.00

$130.00

$120.00

$110.00

$100.00

$90.00

Forward Price of On-Peak Power - 2009, 2010 & 2011
Jun 1, 2007 - Jul 30, 2008

Docket No. DE 11-250
Record Request DEPOSITION

Dated 09/16/2013
Q-DEPOSITION-006, Page 4 of 14
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Docket No. DE 11-250
Record Request DEPOSITION

Dated 0911 6/2013
Q-DEPOSITION-006, Page 5 of 14

date ca109 ca~10 caill
06/01/2007 94.1 89 88.25
06/04/2007 94.85 89.75 89.00
06/05/2007 94.6 89.5 88.50
06/06/2007 94.5 89.25 88.45
06/07/2007 92.85 89.2 88.40
06/08/2007 92.55 89.1 88.30
06/11/2007 91.85 89.05 88.25
06/1 2/2007 92.1 89.3 88.50
06/13/2007 92,5 89.05 88.25
06/14/2007 93.8 90.55 89.50
06/15/2007 94.4 91.25 91.00
06/18/2007 94 91.25 90.75
06/19/2007 93 91 90.70
06/20/2007 92.05 90.95 90.65
06/21/2007 91.6 90.7 90.65
06/22/2007 90.85 90.45 90.65
06/25/2007 89 89.7 90.40
06/26/2007 88 90.55 90.45
06/27/2007 87.75 90.3 89.70
06/28/2007 86.9 89.8 89.20
06/29/2007 87.25 89.85 88.45
07/02/2007 86.8 88.85 88.25
07/03/2007 86.75 88.85 88.25
07/05/2007 86.4 87.85 87.25
07/06/2007 86.35 86.85 85.75
07/09/2007 86.15 86.3 85.55
07/10/2007 86.75 85.5 85.00
07/11/2007 87.05 85.55 85.05
07/12/2007 86.4 84.5 84.30
07/13/2007 87.6 85.5 85.30
07/16/2007 86.75 85 85.05
07/17/2007 86.5 84.95 85.00
07/18/2007 87.8 85.7 85.50
07/19/2007 89.6 87.2 87.00
07/20/2007 88.95 86.95 86.75
07/23/2007 87.3 85 84.75
07/24/2007 86.6 84.5 83.75
07/25/2007 87.3 85 84.25
07/26/2007 88 85.25 84.50
07/27/2007 88.95 86.25 85.00
07/30/2007 90.4 87.25 83.50
07/31/2007 89.9 87 83.50
08/01/2007 90.7 87.5 84.25
08/02/2007 90.25 86.75 83.75
08/03/2007 89.8 86.75 83.25
08/06/2007 89.3 87 83.50
08/07/2007 90.15 87 83.75
08/08/2007 90.35 87.5 84.00
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Docket No. DE 1 1-250
Record Request DEPOSITION

Dated 09/16/2013
Q-DEPOS!TION-006, Page 6 of 14

08/09/2007 91 87.75 84.75
08/10/2007 91.25 87.75 84.75
08/1312007 91.7 88 85.00
08/14/2007 91.4 88 85.00
08/15/2007 91.25 87.75 84.75
08/16/2007 90.75 87.25 84.25
08/17/2007 90.75 87.25 84.25
08/20/2007 88.95 85.5 83.00
08/21/2007 87.65 84.5 81.50
08/22/2007 86.7 83.5 80.50
08/23/2007 86.55 83.5 80.50
08/24/2007 86.05 83 80.25
08I27I2001~ ~84 85~ 8225 7975
08/28/2007 85.25 82.5 80.00
08/29/2007 84.9 82 79.75
08/30/2007 85.65 82.5 80.00
08/31/2007 85.95 82.5 80.00
09/04/2007 85.9 82.75 80.50
09/05/2007 86.6 83 81.50
09/06/2007 86.3 82.75 81.50
09/0712007 86.95 83.5 81.50
09/10/2007 87.35 84 81.75
09/11/2007 86.9 84.25 82.50
09/1 2/2007 88 85.5 83.50
09/13/2007 87.6 85 83.25
09/14/2007 89 86 84.00
09/1 7/2007 89.9 86.25 84.25
09/18/2007 89.35 85.75 83.50
09/19/2007 88.7 85.2 83.00
09/20/2007 88.2 85.5 83.25
09/21/2007 89.1 86.5 84.25
09/24/2007 89.6 87 84.50
09/25/2007 88.7 86.5 84.00
09/26/2007 88.65 86 84.00
09/27/2007 87.75 86 84.25
09/28/2007 88 86.5 84.75
10/01/2007 88.35 86.8 85.00
10/02/2007 88,9 87 85.25
10/03/2007 88.45 86.5 84.50
10/04/2007 88.95 87 84.75
10/05/2007 88.45 86.5 84.50
10/08/2007 88 86.25 84.00
10/09/2007 87.25 85.7 83.50
10/10/2007 87.75 85.95 83.75
10/11/2007 88.05 85.5 83.00
10/12/2007 87.45 86 83.00
10/15/2007 88.55 87 84.00
10/16/2007 89 87.25 84.75
10/17/2007 90 88 85.25
10/18)2007 90.25 88.25 85.75
10/19/2007 88.75 87.75 85.25
10/22/2007 88 87 84.75

001120



Docket No. DE 1 1~250
Record Request DEPOSITION

Dated 09116/2013
Q-DEPOSITION-006, Page 7 of 14

10/23/2007 87.65 86.5 84.00
10/24/2007 89.05 87.5 85,00
10/25/2007 89.5 87.75 85.50
10/26/2007 89.75 88 85,75
10/29/2007 90.5 88.25 86.00
10/30/2007 91.45 89 86.50
10/31/2007 91.6 89.5 87.00
11/01/2007 91.85 90 87.25
11/02/2007 91.1 89 86.75
11/05/2007 90.2 88 85.75
11/06/2007 89.65 87.5 85.00
11/07/2007 89 87 84.25
11/08/2007 88.65 86.75 84.00
11/09/2007 89.5 87.55 84.75
11/12/2007 89.5 88 85.00
11/13/2007 89.25 87.8 84.50
11/14/2007 89.25 87.25 84.00
11/15/2007 88.7 86.75 83.75
11/16/2007 89.6 87.5 84,50
11/19/2007 89 87 84.50
11/20/2007 88.1 86.5 84.00
11/21/2007 88.4 86.75 84,00
11/23/2007 89.1 87.05 84.00
11/26/2007 90.3 87.55 84.25
11/27/2007 89.35 87 83.50
11/28/2007 88.9 86.45 83.00
11/29/2007 87.25 86 85.00
11/30/2007 86.4 85.5 84.50
12/03/2007 87 86 85.00
12/04/2007 87.25 87 85.50
12/05/2007 87.4 87.25 86.00
12/06/2007 88.25 88 87.00
12/07/2007 88 87.75 87.00
12/10/2007 88.6 88.25 87.50
12/11/2007 89,35 89 88.00
12/12/2007 92.25 91 89.00
12/13/2007 91.75 91 89.00
12/14/2007 89.7 89.25 88.50
12/17/2007 89.6 89 89.15
12/18/2007 90.1 89.55 89.50
12/19/2007 89.4 89.5 89.50
12/20/2007 88.9 89 89.25
12/21/2007 88.6 89 89.00
12/24/2007 88.5 88.5 89.00
12/26/2007 88.15 88 88.75
12/27/2007 88 87.75 88.50
12/28/2007 88.9 88 88.75
12/31/2007 90.2 90 89.50
01/02/2008 91.5 90.55 91.25
01/03/2008 90.25 90 89.50
01/04/2008 90 89.75 89.50
01/07/2008 90.85 90.15 90.00
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Docket No. DE 11-250
Record Request DEPOSITION

Dated 0911612013
Q-DEPOSITION-006, Page 8 of 14

01/08/2008 91.7 90.6 89.00
01/09/2008 92.45 91.05 89.50
01/10/2008 92.85 90.45 89.25
01/11/2008 93.35 89.95 89.00
01/14/2008 93.9 90.55 89.25
01/15/2008 93.25 89.6 88.75
01/16/2008 92.75 89.35 88.50
01/17/2008 91.9 88.75 87.50
01/18/2008 91.65 88.45 87.50
01/22/2008 89.3 86.7 86,00
01/23/2008 88.7 86.25 85.50
01/24/2008 89.6 86.65 86.00
01/25/2008 90.4 87.25 86.25
01/28/2008 90.65 87.5 86.75
01/29/2008 90.5 88 85.00
01/30/2008 90.9 88.45 85.25
01/31/2008 91.35 88.9 85.25
02/01/2008 89.9 88.55 85.25
02/04/2008 91.15 88.75 85.75
02/05/2008 91.2 88.9 86.00
02/06/2008 91.75 89 86.25
02/07/2008 92.4 89.3 86.50
02/08/2008 92.7 89.55 87.00
02/1 1/2008 94.3 90.1 87.50
02/12/2008 93.95 89.95 87.25
02/13/2008 92.8 89.1 88.00
02/14/2008 94.15 90.15 88.50
02/1 5/2008 93.25 89.7 88.00
02/19/2008 94.25 90.25 88.50
02/20/2008 94.05 90 88.00
02/21/2008 93.75 89.75 87.75
02/22/2008 94.5 90 88.00
02/25/2008 94.2 89.2 87.75
02/26/2008 95.1 90.2 88.00
02/27/2008 95.55 91.2 88.50
02/28/2008 97.3 92.45 .91.00
02/29/2008 96.45 92.2 90.75
03/03/2008 97.55 92.55 91.00
03/04/2008 96.65 92.9 92.00
03/05/2008 98.05 94.05 92.75
03/06/2008 98.5 93.8 93.50
03/07/2008 98.35 94.05 93.00
03/10/2008 98.8 93.55 92.75
03/11/2008 98.5 93.3 92.25
03/12/2008 98.95 93.05 92.50
03/1 3/2008 100.25 94.55 93.00
03/14/2008 99.4 94.25 92.50
03/17/2008 96.35 92.25 91.00
03/18/2008 95.35 92.75 91.00
03/19/2008 93.55 89.25 90.00
03/20/2008 92.25 88.25 89.00
03/24/2008 93.75 89.25 89.25
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Docket No. DE 11-250
Record Request DEPOSITION

Dated 09/16/2013
Q-DEPOSITION-006, Page 90114

03/25/2008 95 89.75 89.00
03/26/2008 95.55 90.25 89.25
03/27/2008 96.3 90.75 89.50
03/28/2008 97.25 91.25 90.00
03/31/2008 99.05 92,25 91.00
04/01/2008 97.95 92 89.50
04/02/2008 98.45 91 89.00
04/03/2008 96.25 89.5 87.00
04/04/2008 95.1 88.5 86.50
04/07/2008 . 96.65 90 87.00
04/08/2008 96.2 89.5 86.50
04/09/2008 97.65 90.75 87.25
04/10/2008 98.85 91.25 87.25
04/11/2008 97.95 90.5 87.00
04/14/2008 97.15 91 87.00
04/15/2008 99 92 87.50
04/16/2008 100.9 93.5 88.00
04/17/2008 101.5 94 88.25
04/18/2008 102.8 95 90.00
04/21/2008 106.3 98 91.00
04/22/2008 107.35 98,5 91.00
04/23/2008 108.4 99 93.25
04/24/2008 108.05 98.75 93.00
04/25/2008 109 99.25 93.25
04/28/2008 110 100.25 94.00
04/29/2008 107.5 98.75 93,50
04/30/2008 107 98.5 93.25
05/01/2008 105.35 97.5 93.00
05/02/2008 106.35 100 95.00
05/05/2008 112 102.5 97.00
05/06/2008 111.55 102.5 97.00
05/07/2008 113.15 103.5 97.50
05/08/2008 113.35 103.5 97.50
05/09/2008 114.45 104.5 98.00
05/12/2008 113.25 103.8 97.75
05/13/2008 114.25 104.3 98.25
05/14/2008 115.25 104.8 98.00
05/15/2008 114.25 104.55 97.75
05/16/2008 114 105.05 98.25
05/19/2008 113.8 104.55 98.25
05/20/2008 116.3 108.35 101.00
05/21/2008 118.4 110.85 102.25
05/22/2008 120.1 112.15 103.50
05/23/2008 120.2 111.65 103.25
05/27/2008 119.45 110.15 103.00
05/28/2008 120 110.4 103.00
05/29/2008 116.55 109.4 103.00
05/30/2008 117.85 110.4 103.50
06/02/2008 119.75 110.9 104.00
06/03/2008 120.9 109.9 104.50
06/04/2008 120.35 108.4 104.00
06/05/2008 119.5 107.15 103.25
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Dated 09/16/2013
Q-DEPOSITION-006, Page 100114

06/06/2008 120.55 107.9 104.25
06/09/2008 118.8 106.9 103.50
06/10/2008 117.55 105.9 103.00
06/11/2008 118,75 107.65 103.25
06/12/2008 121.35 109.65 104.00
06/13/2008 120.4 109.15 104.00
06/16/2008 124.65 111.15 105.00
06/17/2008 124.45 111.4 107.50
06/18/2008 126.6 112.4 108.25
06/19/2008 126 111.9 107.50
06/20/2008 127.05 111.4 107.75
06/23/2008 127.8 111.9 109.00
06/24/2008 127.25 111.65 109.25
06/25/2008 126.05 110.65 108.75
06/26/2008 127.65 111.65 109
06/27/2008 127.9 111.65 109.5
06/30/2008 129.15 112.65 110
07/01/2008 130.55 113.4 111
07/02/2008 129.85 113 111
07/03/2008 130.6 113.25 111.25
07/07/2008 128.3 111.25 110
07/08/2008 123.65 111.75 109
07/09/2008 121.4 111.35 108.5
07/10/2008 123.1 112.6 109.25
07/11/2008 122.25 112.1 108.5
07/14/2008 123.8 113.85 108
07/15/2008 121.55 112.8 107.25
07/16/2008 120 111.9 104,5
07/17/2008 112.95 108.55 102,5
07/18/2008 112.5 108.55 102.5
07/21/2008 111.85 106.6 101.5
07/22/2008 109 55 104 15 101
07/23/2008 1061 1025 99
07/24/2008 10395 10095 98
07/25/2008 10315 1007 98
07/28/2008 10373 1008 98
07/29/2008 104 99 97
07/30/2008 104.13 99.75 ~~*97
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PSNH Files Update on Clean Air Project

‘Scrubber’ Technology will Reduce Mercury and Sulfur — Maintain Source of Low-Cost Energy

Manchester. NH. September 2, 2008*****Public Service of New Hampshire (PSNH) today provided to

the New Hampshire Public Utilities Commission (NHPUC) an update on the Clean Air Project - the

installation of a significant mercury and sulfur emissions reduction system (known as “scrubber”

technology) at Merrimack Station, the company’s coal-fired power plant located in Bow.

“This filing demonstrates that following the installation of the scrubber, Merrimack Stationwill continue

to be a vital base-load source for reliable and affordable power for our customers, and will have the added

benefit of being among the cleanest coal-burning plants in the nation,” said Gary Long, PSNH president

and chief operating officer, in a cover letter which accompanied the information filed with the NHPUC.

The installation of the scrubber technology is required to comply with a new state law (RSA 125-0:11)

passed in 2006, that requires PSNH capture, at a minimum, 80 percent of the mercury entering its coal-

fired power boilers by July 1, 2013. Additionally, the scrubber will remove more than 30 thousand tons

of sulfur dioxide emissions annually from Merrimack Station. The “Scrubber Law” is a key component

of New Hampshire’s first-in-the-nation four-pollutant Clean Power Act, which was passed in 2002 and

governs emissions of nitrogen oxide, sulfur dioxide, mercury and carbon dioxide.

In order to expedite the process, PSNH filed the requested information in advance of the NHPUC’s

September 12 deadline. “It is critical that tile project move forward now, in order to keep project costs

down on behalf of our customers and to achieve the Legislature’s requirement to reduce mercury

emissions and improve air quality as soon as possible,” said Long. “The Legislature and the NH

Department of Environmental Services have found that the scrubber is the right technology and that its

installation is in the public interest. It is vital that the project go forward without delay.”

In its NHPUC filing, the company provided a project status report, response to specific economic

inquiries regarding project costs and their impact on customers, and addressed a legal question regarding

tile NHPUC’s authority relative to the project. Highlights of the information given to the NHPUC are

provided below.

- m or e -
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Jobs and Timeline — In addition to the environmental and economic benefits, the scrubber project will

peak at more than 300 jobs during an approximately four-year construction period, and will complement

PSNH’s 100 permanent employees at Merrimack Station, Because the Clean Air Project is a vast and

complex engineering and craft labor challenge, PSNH has reached a written agreement with the building

trades leadership to only use union labor on this project to ensure the availability of highly productive and

skilled craft workers and to prioritize safety, above all, on the job.

Project Cost and Customer Impact — PSNH’s current Energy Charge of 9.57 cents per kilowatt hour

(kWh) is the lowest of any utility in New England. The Clean Air Project cost of $457 million will add

an average of 0,31 cents/kWh (three tenths of one cent) to that charge. The PSNH Energy Charge is set

by the NHPUC, based on the actual cost of PSNH producing or purchasing the energy it needs to meet

customer demand Other utilities base their respective energy charges on the ‘market price’ because they

do not own their own power generation facilities.

“The cost of coal is economic and relatively stable, compared to oil and natural gas, the commodities

which set the New England market price,” noted Long. “The Clean Air Project will ensure that we

maintain a reliable and economic source of energy at Merrimack Station. which will continue to provide

fuel diversity for New England.”

The project budget has been based on a schedule aimed at beginning operations one year earlier than

required, by mid-2012. Current work includes: detailed engineering, under the direction of the project

program manager, Washington Division, URS Corp.; preliminary site preparation; and permitting. Major

construction is scheduled to begin in 2009.

Legislative Mandate and NHPUC Authority — The NH Legislature in 2006 mandated the scrubber

project, finding that “The installation of such technology is in the public interest of the citizens of New

Hampshire.. .“ and that it “. . .represent(s) a careful, thoughtful balancing of cost, benefits, and

technological feasibility...” (RSA 125-0:11).

PSNH included a Memorandum of Law in its filing, at the request of the NHPUC, as the commission

considers what authority it has relative to the project. The company provided a detailed breakdown of the

law’s intent and requirements and concluded that the commission’s authority regarding the project is

limited to determining the recovery of prudent costs once the project is completed.

####

PSNH is New Hampshire’s largest electric utility, serving more than 490,000 homes and businesses.
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PSNH.
~ Energy Rate as of August 1, 2008

New Eng’and Average

0
0

I\)

El The total PSNH energy charge, if the cost of the Clean Air Project were in PSNH’s rates today

9/2/08

PSNH Expects Its Energy Rate to Remain Lower Than the

New England Average Even After the Clean Air Project is Completed

Upon completion, the Clean Air Project will add on average about 3/10’s of one cent to PSNHs Energy Charge.
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